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CHAPTER 5

EXPERIMENTAL PROCEDURE AND TESTING METHODOLOGY

5.1 Introduction

Various laboratory tests were carried at the R & D facility of BJ Services in Tomball, 

TX with BJ Services staff to predict and evaluate the performance of the Ceramicrete 

slurry for its effective use in permafrost cementing operations. Although other standards 

such as those of the American Standard for Testing Materials (ASTM) and Construction 

Specification Institute (CSI) exist, all these tests were standardized by the API.

A summary of the tests traditionally used in the cement slurry design as well as the 

API tests reference document are provided in Table 7. All of these tests were performed 

within the scope of this research to evaluate properties of the Ceramicrete.
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Slurry Property Laboratory Test Test Reference

Slurry preparation for 

laboratory mixing and 

testing

Balances and high-shear mixers API Document 10, 

Sec. 5

Slurry viscosity Atmospheric thickening-time tester API Document 10, 

Sec. 9

Pumping time Consistometer testing API Document 10, 

Sec. 8

Free water Settling of slurry in 250-ml graduated

cylinder after setting

API Document 10, 

sec. 5

Fluid loss of cement slurry High-pressure fluid-loss cell at 1,000 

psi on 325 mesh screen for 30 minutes 

API Document 10, 

Appendix F 

Slurry density Standard Mud Balance API Document 10, 

Appendix C 

Rheological properties Rotational viscometer at various shear 

rates

API Document 10, 

Appendix H 

Permeability testing Special water permeability apparatus 

for set cement

API Document 10, 

Appendix G 

Table 7: API Specifications of Tests Carried out at BJ Services, Tomball, TX. 

5.2  Formulation of Ceramicrete 

The formulation used to carry out the tests at the R & D facility of BJ Services, 

Tomball, TX is given in Table 8 below: 
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Table 8: Formulation of Ceramicrete Used to Carry Out Tests at BJ Services, Tomball, 

TX

Tests carried out at BJ Services, Tomball, TX:

The following tests were carried out according to the API standards. 

1. Compatibility test

2. Thickening time

3. Density measurement 

4. Compressive strength 

5. Fluid loss 

6. Rheology 

7. Expansion test 

5.3  Compatibility test  

5.3.1 Introduction

In field operations, during Ceramicrete slurry preparation contamination with 

leftover Portland cement might occur in a mixer. If the mixture of Ceramicrete and 

Portland cement is not compatible, then there are possibilities that the set product may 

develop cracks after some time, which will eventually lead to casing collapse and loss of 

well integrity. Thus, it is important to establish the compatibility of Ceramicrete with 

Portland cement after mixing.

5.3.2 Experimental procedure:

Ceramicrete formulation shown in Table 8 (95%), with 40 grams of dry CPC ”G” 

grade (5%) is mixed with water at a speed of 4000 RPM in a blender (Figure 15). The 

Contents Amount

Ceramicrete 400 grams.

Fly ash 400 grams.

Boric Acid 15 grams.

Tap Water (33.12%) 265 grams.
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blender speed is increased to 12,000 RPM for 35 seconds (according to API standards) to 

check the compatibility of the Ceramicrete with CPC “G” grade.  

Figure 15: Blender Used to Mix 95% Ceramicrete and 5% Dry California Portland 

Cement "G" Grade.

5.3.3 Results and Discussion:

The mixture is found to be compatible; i.e. no separate layers of Ceramicrete 

(95%) and dry CPC ”G” grade (5%) were observed after mixing. Hence, Ceramicrete 

contaminated by Portland cement “G” grade can be effectively used in oilfield cementing 

operations. 

5.4 Thickening Time Testing
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5.4.1 Introduction

Thickening time testing,  also referred to as “consistometer testing”, measures the 

length of time the slurry will remain in a fluid state under simulated downhole conditions

without any shutdown periods. 

The consistometer consists of a rotating cylinder slurry container that envelops a 

stationary paddle. This slurry container is in turn encased within a pressure vessel and is 

surrounded in a “chilled” fluid that can manipulate the operating temperature. In the 

experimental work at BJ Services, a Chandler consistometer (Figure 16) was used and it 

was connected to a chiller to maintain its temperature. A downhole pressure of 1500 psi 

was simulated in all cases with different operating temperatures, such as 40 degree F, 55 

degree F and 70 degree F.

As the consistometer maintains the slurry at a desired pressure and temperature, 

the torque on the stationary paddle is measured and converted into a slurry consistency, 

in Bc (Bearden units). According to API standard 10, the thickening time is the time at 

which viscosity becomes 70 Bc. Upon completion of consistometer testing, the 

Ceramicrete slurry is sufficiently mixed and thickened to prepare a set product. 

The thickening time test is carried out for slurries of both Ceramicrete without 

CPC “G” grade contamination and Ceramicrete with (5%) CPC “G” grade contamination. 
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Figure 16: Chandler Consistometer for Measuring Thickening Time of Cement Slurry.

5.4.2 Results and Discussion

The API standard specifies that an oilfield cement should exhibit a pumping time 

ranging from 3 to 5 hrs. At BJ Services, Tomball, TX, consistometer tests were 

performed using the defined Ceramicrete blend, with each test occurring at 1500 psi and 

at different temperatures such as 40 degrees F, 55 degrees F, and 70 degrees F.

In the first case, i.e. at 1500 psi and 40 degrees F (Figure 17 and Figure 18), the 

thickening time (or time at which viscosity of slurry becomes 70 Bc) for both 

Ceramicrete with 5% CPC “G” contamination and Ceramicrete without CPC “G”

contamination, is approximately 5 hrs, which meets the API standards. In the second

case, i.e. at 1500 psi and 55 degrees F, the thickening time for Ceramicrete without CPC 

“G” contamination is approximately 2.30 hrs. In the third case, i.e. at 1500 psi and 70
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degrees F, the thickening time for Ceramicrete without CPC “G” contamination is 

approximately 1.00 hr, which is significantly less than what is required by API standards. 

It can be seen from the first case that the thickening time for Ceramicrete with or 

without contamination of CPC “G” is 5 hrs; because there is no change in the thickening 

time of Ceramicrete slurry contaminated with Portland cement “G” grade, Ceramicrete 

slurry can be assumed to behave ideally at 1500 psi and 40 degrees F (according to API 

standards) in oil-well cementing operations on the ANS. The thickening time for 

Ceramicrete slurry without contamination of Portland cement “G” grade at conditions 

mentioned in case 2 and case 3 is less than what is required by API standards. Thus, 

Ceramicrete slurry cannot be effectively used under the conditions of the second and 

third cases, i.e. for higher-temperature oil field operations. 

Figure 17: Thickening Time Measurement for Ceramicrete (95%) Contaminated by Dry 

California Portland Cement "G" Grade (5%).
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Figure 18: Thickening Time Measurement for Ceramicrete (95%) Without 

Contamination by California Portland Cement "G" Grade (5%).

 5.5 Density measurement

 5.5.1 Introduction

To achieve a satisfactory job in oil well cementing, it is extremely important to 

closely regulate the density of the cement slurry during the injection operation. The 

success of many industrial operations and processes depends on reliable measurement of 

the density of a liquid. In oil-well cementing operations, cement slurry is injected into an 

annulus formed between the pipe casing and the wall of the borehole. When the slurry 

reaches the desired location in the borehole it is allowed to harden. The density of cement 

slurry is a measure of the amount of water used with a sack of dry cement material. The 

amount of water in the slurry controls many physical properties of the cement. A large 

amount of water can increase the thickening and setting time of the cement beyond a 

desirable period. An excess of water in the slurry can also cause shrinkage, which will 

weaken the set cement. In contrast, if the slurry contains a lesser

amount of water it will increase the initial viscosity and thixotropy of the cement and 

cause plug flow or a preliminary flash setting.

Drilling fluids and cements often have a considerable amount of air entrained or 

trapped within the fluid; this air may give erroneous results when determining fluid 
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density using conventional equipment. The air volume may be decreased to a negligible 

quantity by pressurizing the sample cup, yielding more accurate density readings of the 

fluid. Thus, the absolute density of Ceramicrete with and without contamination by CPC

“G” grade can be determined accurately using Halliburton Tru-WateTM pressurized fluid 

density scale (Figure 19).

The operation is similar to the conventional mud balance, with the additional 

capability of pressurizing the sample in the cup. 

Figure 19: Halliburton Tru-WateTM Pressurized Fluid Density Scale

5.5.2  Results and Discussion

The densities of Ceramicrete slurries without and with 5% dry Portland cement 

contamination were measured using a Tru-WateTM pressurized fluid density scale. 

1. The density of Ceramicrete without contamination by CPC “G” Grade: 15.6 ppg (1.88 

grams/cc).
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2. The density of Ceramicrete contaminated by Portland cement, i.e a mixture of 95% 

Ceramicrete and 5% dry CPC “G” grade): 15.7 ppg (1.88 grams/cc). 

As specified by API standards, the slurry density is the same for Ceramicrete 

without and with contamination by 5% Portland cement “G” grade. Although the density 

of pure Ceramicrete and Ceramicrete contaminated by Portland cement is less than that of 

conventional Portland cement, there is a decrease in interstitial spacing in Ceramicrete 

with and without contamination by CPC “G” grade. The presence of porous spaces is one 

of the primary problems in arctic cementing operations. Water and other fluids fill these 

spaces and freezing temperatures can lead to expansion of the fluids and cracking of the 

set product. Ceramicrete with less density offers less pore space for potential invasion of 

fluids, and thus cracking of the set product at freezing temperatures is avoided. Thus, 

either contaminated or uncontaminated Ceramicrete can be used effectively for 

permafrost oil field operations because contamination with CPC “G” does not alter the 

density of Ceramicrete.  

5.6  Compressive Strength Testing

5.6.1  Compressive Strength Measurement Using Ultrasonic Cement Analyzer

A Model 2000 UCA (Ultrasonic Cement Analyzer, Figure 20) is used to provide 

an indication of the relative strength development of a slurry sample while it is being 

cured under downhole temperature and pressure conditions. Relative strength is 

determined by measuring the change in velocity of an ultrasonic signal transmitted 

through the cement slurry specimen as it cures. As the strength of the cement specimen 

increases, the transit time of the ultrasonic signal through the specimen decreases, 

allowing the relative strength to be calculated.

The slurry sample to be tested is prepared in accordance with API-recommended 

practices, and then is placed in a temperature- and pressure-controlled cell to simulate the 

curing conditions that are expected downhole. Each cell of the Model 2000 is a stand-

alone instrument designed to supply a complete data set. The data are downloaded to a 

computer for data archiving. An embedded controller replaces the central processor unit. 

This instrument is capable of running the custom software that measures the transit time 

of the ultrasonic signal through the slurry specimens and computes the relative 
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compressive strength values. Data points are measured and recorded continuously on-

board in flash memory. A numeric display of the current strength measurement, 

temperature, and transit time, or a graphical plot of these test parameters versus time is 

available continuously on the 10.4 inch touch screen provided with each cell. Current 

temperature and pressure are always displayed numerically. A plot of pressure can be 

substituted for transit time if desired. The touch screen monitor also allows the user to 

access the control, diagnostic, and calibration functions of the embedded controller. 

Temperature control is provided through a fuzzy logic control algorithm by the 

same embedded controller used on CTE’s pressurized curing chambers and 

Consistometers. The desired temperature profile is easily programmed using the touch 

screen features of the monitor. Step by step instructions are displayed on the monitor, 

making the device easy to use. After the desired temperature profile is entered, a preview 

of the ramp is displayed graphically for pre-test inspections to prevent programming 

errors. The pressure is controlled manually, using an air-operated high-pressure pump 

and a pressure-relief valve. 
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Figure 20: Ultrasonic Cement Analyzer for Compressive Strength Testing

5.6.2 Results and Discussion

The compressive strength of Ceramicrete slurry with and without contamination 

by CPC “G” grade was determined using the UCA at 40 degrees F.

1. Compressive strength of Ceramicrete contaminated by 5% CPC “G”at 24 

    hrs =  42 psi. 

2. Compressive strength of Ceramicrete contaminated by 5% CPC “G” at 48 

    hrs = 972 psi (Figure 21). 

3. Compressive strength of Ceramicrete without contamination by CPC “G” at 24  

    hrs = 332 psi (Figure 22). 

4. Compressive strength of Ceramicrete without contamination by CPC “G” at 48   

    hrs = 135 psi. 

Thus, it can be seen that the compressive strength of Ceramicrete contaminated by

CPC “G” grade at 48 hrs. (972 psi) is greater than that of pure Ceramicrete. However, in 
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all cases there were no signs of freezing, flash setting, or increased porosity. It can be 

concluded that contamination of Portland cement in Ceramicrete improves the 

compressive strength of the Ceramicrete. Thus, contaminated Ceramicrete is more 

effective to use than are other permafrost cementing formulations. 
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5.6.3 Compressive Strength Measurement by Curing Method 

The Model 200 High Temperature High Pressure (HTHP) curing chamber is 

utilized to prepare cement specimens for compressive strength tests. It is necessary to 

determine the amount of time required for a cement to develop compressive strength so 

that drilling/production operations can be resumed as quickly as possible after pouring.

The HTHP curing chambers provide a means of curing cement specimens under typical 

downhole temperatures and pressures.  

In this method, cement is first poured into a special mold (Figure 23) that 

produces specimens measuring 2" x 2" x 2". These molds are then kept in a water bath in 

the Model 200 HTHP curing chamber (Figure 24) at 40 degrees F for a time period 

specified by API standards, so that the specimen will develop sufficient compressive 

strength. The compressive strength is measured by compressing the cubes using the 

compressive-strength-measuring equipment shown in Figure 25. The results are recorded 

via a computer connected to the equipment. The compressive strength of Ceramicrete 

without contamination by dry Portland cement was measured after 24 hrs, while the 

compressive strength of a mixture of Ceramicrete (95%) and dry Portland cement (5%) 

was measured after 48 hrs.  
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Figure 23: 2" x 2" x 2" Molds with Mixture of Ceramicrete Slurry and 5% California 

Portland Cement "G" Grade for Compressive Strength Testing.
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Figure 24: Model 200 HTHP Curing Chamber to Prepare Cement Specimens for 

Compressive Strength Testing 

Figure 25: Instrument to Measure Compressive Strength of 2" x 2" x 2" Cubes at the R & 

D Center, BJ Services, Tomball, TX 
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5.6.4  Results and Discussion

According to API standards, the compressive strength of permafrost cement 

should be 500 psi after 24 hrs. The compressive strengths measured using the curing 

methods described are given below: 

1. Compressive strength of Ceramicrete without contamination by dry California  

    Portland cement “G” grade after 24 hrs = 292 psi. 

2. Compressive strength of Ceramicrete without contamination by dry California  

    Portland cement “G” grade after 48 hrs = 50 psi. 

3. Compressive strength of Ceramicrete contaminated by Portland cement,      

i.e a mixture of 95% Ceramicrete with 5% Portland cement, after 48 hrs =

   698 psi.  

The compressive strength of Ceramicrete without Portland cement contamination 

after 48 hrs is 292 psi, which is less than what is required by API standards. The 

reduction in compressive strength after 48 hrs may be due to the development of a crack 

in the set Ceramicrete binder after 24 hrs. In the case of Ceramicrete contaminated by 5% 

Portland cement, the compressive strength was not measured at 24 hrs, as it was 

negligible. However, there was a sudden increase in the compressive strength after 24 

hrs. Hence, it can be concluded that compressive strength of the proposed Ceramicrete 

binder can be increased with Portland cement contamination.

5.7  Fluid Loss Testing

5.7.1 Introduction

Successfully cementing the casing string of an oil or gas well is highly dependent 

upon the characteristics of the cement slurry. Well cements that have poor filtration 

control can lead to a complete failure of the cementing operation. In addition, the 

invasion of filtrates into producing zones causes formation damage, which can greatly 

reduce the production potential of the reservoir. Developing cement slurries that have 

minimal filtration loss prevents expensive remedial cementing operations and reduces 

formation damage. The stirred fluid loss tester (Figure 26) at BJ Services, Tomball, TX 

was used for determining the fluid loss characteristics of the cement. 
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5.7.2 Experimental Procedure

Cement slurry is first prepared according to specifications with fluid loss control 

additives such as Fluid Loss (FL)-63 and FL-25 and then poured into the consistometer 

cup. The gear drive system is connected to an agitation paddle, which is dimensionally 

equivalent to an atmospheric consistometer paddle. The desired test temperature is 

maintained by a digital temperature controller, while the pressure necessary to prevent 

evaporation of the liquid phase is applied to the cell. When conditioning the cement in 

accordance with API Specification 10 guidelines, the paddle is rotated at 150 rpm for 20 

minutes. Once the cement is conditioned, the test cell is rotated 180 degrees and the 

desired differential pressure is applied to the cell. The filtrate is collected in a back 

pressure receiver for 30 minutes. The API standards define fluid loss as the volume (cc) 

of filtrate that is collected during this 30-minute interval.
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Figure 26: Stirred Fluid Loss Tester at BJ Services, Tomball, TX

5.7.3 Results and Discussion

Fluid loss measurements were carried out under following conditions: 

Data: 

Temperature: 77 degrees F.

Pressure: 1000 psi. 

Time for filtrate collection: 30 min.

Calculations: 

Filtrate is collected after 30 mins. If the test “spurts” in less than 30 minutes, fluid loss 

can be calculated by:

                                  Q30 = Qt × 5.477/ ����������������������������������������������������������������������������	
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Q30 = Quantity of filtrate collected in 30 mins, cc

Qt = Quantity of filtrate collected at time t, cc

t = time in minutes

  

1. Fluid loss for Ceramicrete without dry Portland cement or fluid loss control additives 

can be calculated using equation 5.1. 

   Q30  = Qt × 5.477/ ����������������������������������������������������������������������������������������������������������	

          = 33 × 5.477/ ���
�

          = 150.96 cc 

  Fluid loss = 2 * 150.96 = 301.92 cc/30 min. 

2. Fluid loss for Ceramicrete without dry Portland cement but with 8% w/w FL-25 fluid 

loss additive can be calculated using equation 5.1. 

Q30  = Qt × 5.477/ �����������������������������������������

= 34 × 5.477/ ���

       = 213.6 cc 

Fluid loss = 2 * 213.61 = 427.2 cc/30 min. 

3. Fluid loss for Ceramicrete without dry Portland cement but with 8% w/w of FL-63 

fluid loss additive can be calculated using equation 5.1. 

Q30  = Qt × 5.477/ ���������������������������������������������������������������������������

       = 34 × 5.477/ 3.909 

       = 51.84 cc. 

Fluid loss = 2 * 51.84 = 103.68 cc/30 min 
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TYPE Qt

(CC)

Time 

(min)

Q30 

(CC)

Ceramicrete without CPC"G" or fluid loss control 

additives 

33 1.43 301.92

Ceramicrete without (5%) CPC"G" and 8% w/w FL-25 34 0.76 427.2

Ceramicrete without (5%) CPC"G" and 8% w/w FL-63 34 16 103.78

Table 9: Fluid Loss Measurements.

From the results in Table 9, it can be seen that the fluid loss from uncontaminated 

Ceramicrete with no fluid loss control additive or with 8% w/w of FL-25 fluid loss 

control additive is much more than from that with FL-63. Thus, FL-63 can be effectively 

used with Ceramicrete slurry as a fluid loss control additive in oilfield operations.

5.8 Rheology Measurements

5.8.1 Introduction

Rheology is the science and study of the flow and deformation of fluids. It 

describes the relationship between the flow rate (shear rate) and the pressure (shear 

stress) that causes movement. It enables one to determine the flow regime needed for 

optimum cement slurry placement, and to calculate values for friction pressure within the 

pipes and annulus (Schulumberger, 1984). 

Rheology is an extremely important property of drilling, completion, and cement 

hydraulics in well operations. The flow properties of wellbore fluids (water, mud, cement 

slurries, mud spacers, and displacement fluids) are conventionally classified as 

“Newtonian” or “Non-Newtonian.” 

Newtonian fluids exhibit a direct and constant proportionality between shear rate 

(which is related to flow velocity or rate) and shear stress (which is related to flowing 

pressure drop) as long as the flow regime is laminar. In this type of fluid, viscosity is 

independent of shear rate at a constant temperature and pressure. The behavior of non-

Newtonian fluids such as cement slurries is different from that of Newtonian fluids. 

Frequently non-Newtonian fluids are rheologically complex particle-bearing fluids that 
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are usually described as “Bingham Plastics “or “power-law fluids.”  In this study, the 

power law model is used exclusively (Banerjee, 2005); this law describes the relationship 

between the shear stress and shear rate of cement as an exponential relationship.

��������	����������������������������������                                                                                          (5.2) 

����������������������������������2).

����������������rpm).

n = Flow behavior index. 

k = Consistency index (lbf. secn /100ft2).

Stress (lbs/100ft2) vs. strain (RPM) plots are used to characterize the fluid based on “n” 

values, i.e.  

n = 1 (Newtonian fluid) 

n < 1 (Pseudo-plastic fluid)

n > 1 (Dilatant fluid).

However, k (lbf. secn /100ft2) values are used to describe the fluid’s properties 

such as viscosity, pumping time of cement slurry, and thickening effect. In this work, 

Ceramicrete binder slurries either contaminated by Portland cement or uncontaminated

by Portland cement are of special interest. Ceramicrete slurries with k>1 exhibit high 

viscosity values which will eventually lead to an increase in pumping time of 

Ceramicrete slurry.

5.8.2 Experimental Procedure

There are two different data sets (at different rpms) of viscosities that are 

generated using the GRACE viscometer.

1. Viscosity measurements before conditioning: The first viscosity data set was

obtained without conditioning the cement slurry. In this method, the Ceramicrete with or 
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without contamination by CPC “G” grade is mixed with fluid loss control additives, and 

then the viscosity is measured using the GRACE viscometer (Figure 27).

2. Using the atmospheric consistometer (Figure 28): The cement slurry is first poured 

into a consistometer cup, and then the cup is rotated at atmospheric pressure and with 

temperature control. In this method, temperature is measured accurately using a 

microprocessor-based temperature controller. Rotational speed of the slurry container is 

held constant by the drive motor assembly, which is factory-set at 150 rpm. Internal 

cooling coils provide quick cooling of the slurry. The strip chart recorder option on the 

Model 1250 provides a permanent record of the temperature and viscosity. 

Figure 27: GRACE Viscometer for Rheology Measurements.



61

Figure 28: Atmospheric Consistometer for Conditioning Cement Slurry.

5.8.3  Results and Discussion

From tables 10-13 below, it can be concluded that the viscosity of the cement 

slurry increases after conditioning

Without Contamination: 

600

RPM

300

RPM

200

RPM

100

RPM

6

RPM

3

RPM

Before conditioning: 155 85 63 38 12 10

After conditioning: 180 107 83 53 12 10

Table 10: Rheological Properties of Ceramicrete Without Contamination by CPC “G” 

at Room Temperature

With contamination 

600

RPM

300

RPM

200

RPM

100

RPM

6

RPM

3

RPM

Before conditioning: 106 62 43 26 9 8

After conditioning: 138 87 58 35 9 8
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Table 11: Rheological Properties of Ceramicrete With Contamination by CPC   “G” 

at Room Temperature

Regular w/8% FL-63 

600

RPM

300

RPM

200

RPM

100

RPM

6

RPM

3

RPM

Before conditioning 264 137 99 60 13 12

After conditioning 328 179 129 74 14 11

Table 12: Rheological Properties of Ceramicrete Slurry With 8% w/w of FL-63   

Additive at Room Temperature

Regular w/8%FL-25: 

600

RPM

300

RPM

200

RPM

100

RPM

6

RPM

3

RPM

Before conditioning: 445 254 198 114 21 14

After conditioning: 735 436 313 181 26 18

Table 13: Rheological Properties of Ceramicrete Slurry With 8% w/w of FL-25 Additive 

at Room Temperature

With fluid loss control additives like FL-25, the viscosity is high. This may cause 

some problems while pumping the cement downhole. 
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Fluid characterization:

Plots (Figures 29-32) of shear stress (lbs/100ft2) vs. shear rate (RPM) were used 

to characterize the fluid.
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Figure 29: Rheogram for Ceramicrete Slurry at Room Temperature With Contamination 

by California Portland Cement "G" Grade at Room Temperature
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Figure 30: Rheogram for Ceramicrete Slurry at Room Temperature Without 

Contamination by California Portland Cement "G" Grade at Room Temperature
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Figure 31: Rheogram for Ceramicrete Slurry at Room Temperature With 8% w/w FL-25 

at Room Temperature
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Figure 32: Rheogram for Ceramicrete Slurry at Room Temperature With 8% w/w FL-63 

at Room Temperature

When shear stress (lbs/100ft2) is plotted against shear rate (RPM), it can be seen 

from Figures 29-32 that the various Ceramicrete slurries listed in Tables 10-13 exhibit the 

properties of the pseudo-plastic power-law fluid model. An exponential relationship 

between shear rate and shear stress in the Pseudo-Plastic Power-Law Fluid Model for the 

slurries listed in Tables 10-13 can be described as

��������	����������������������������������������������������������������������������������������������(5.2) 

�����������������������������������2) 

���������������� !"	�

Since the Ceramicrete slurry properties listed in Tables 10-13 exhibit power law 

fluid properties, equations 5.3 and 5.4 are used to calculate the n and k (consistency 

index) values, respectively.

#������$��%&��'����'�����������������������������������������������������������������������������������������������������	
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���'��������$$	n                                                                                                                                            (5.4) 

where '�����#(�'��������()������()#&���%��GRACE viscometers at 600 rpm and 300 rpm 

respectively.    

It can be concluded from Tables 14-17 below that all Ceramicrete slurries 

exhibit n<1, which shows that Ceramicrete slurries listed in Table 10-13 exhibit Pseudo-

Plastic Power-Law Fluid Model. 

Ceramicrete slurry without contamination

RPM Before Conditioning After conditioning

3 8 8

6 9 9

100 26 35

200 43 58

300 62 87

600 106 138

N 0.773275064 0.665194648

k(lbf.secn/100ft2) 0.498927389 1.373700843

Table 14: “n” and “k” Values of Ceramicrete Slurry With Contamination at Room 

Temperature
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Ceramicrete Slurry without contamination 

by CPC "G"

RPM Before conditioning After conditioning

3 10 10

6 12 12

100 38 53

200 63 83

300 85 107

600 155 180

N 0.866230405 0.749950575

k(lbf.secn/100ft2) 0.383091392 0.995868433

Table 15: “n” and “k” Values of Ceramicrete Slurry Without Contamination at Room 

Temperature

Ceramicrete slurry with 8% w/w of FL-

25

RPM Before conditioning After conditioning

3 14 18

6 21 26

100 114 181

200 198 313

300 254 436

600 445 735

N 0.808507297 0.752978821

k (lbf.secn/100ft2) 1.640800028 3.982015187
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Table 16 : “n” and “k” Values of Ceramicrete Slurry With 8 % w/w  FL-25 at Room 

Temperature

Ceramicrete  slurry with 8% w/w of FL-63

RPM Before conditioning After conditioning

3 12 11

6 13 14

100 60 74

200 99 129

300 137 179

600 264 328

N 0.945812754 0.873229098

k (lbf.secn/100ft2) 0.375890661 0.772291208

Table 17: “n” and “k” Values of Ceramicrete Slurry With 8 % w/w FL-63 at Room 

Temperature

The "n" (power-law index) values for Ceramicrete slurries are similar to those of 

conventional cements used in oilfield operations. However, in some cases "k" 

(consistency index) values are more than 1, e.g. for Ceramicrete slurry with 8 % of FL-25 

flow loss control additive (oth before and after conditioning) and Ceramicrete with 

contamination by Portland cement (after conditioning). 

Thus, it can be seen that those Ceramicrete slurries which have "k" (consistency 

index) values more than 1 undergo a rapid thickening. With such Ceramicrete slurries 

(k>1), high viscosity values may be found and may cause a problem during pumping the 

slurry downhole. In this case, FL-25 fluid loss additive leads to an increase in the “k” 

value of the slurry, and hence it is not suitable for the proposed Ceramicrete formulation. 

Thus, Ceramicrete slurry along with 8% w/w of FL-63 fluid loss control additive can be 

used as permafrost oil well cement formulation. 
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Hence, by characterizing the cement behavior, as shown in the above tables, one 

can quantify the pressure drop of the system, which can help in pump sizing, casing, and 

drill pipe design. 

5.9  Expansion Test of Ceramicrete Slurry at 40 Degrees F 

5.9.1  Introduction

A well-known practice in oil and gas wells is to cement a steel casing in place 

within the bore by placing cement slurry between the steel casing and the formation 

walls. Conventional permafrost cements exhibit the problem of shrinkage upon setting in 

annular volume between casing and wellbore at lower temperatures which leads to a poor 

mechanical bond between the casing and the bore wall. Such a situation may allow 

undesirable fluid (liquids and gases) to communicate between different formation zones 

penetrated by the bore, or even allow fluids produced in certain zones to undesirably leak 

to the surface (Cheung, 1999).

Expansive agents, when used along with cement formulation, will 

overcompensate for the cement shrinkage which ultimately leads to expansion of the 

cement slurry. Net expansion, or simply expansion of a cement means that the volume of 

unrestrained set cement will be greater than that of its liquid (i.e. slurry) phase. Such a net 

expansion helps ensure a good cement bond to both the casing and the bore wall. 

The expansive agent must be designed such that, at the temperature to which the 

liquid cement will be exposed, it does not attempt to produce most of its expansive effect 

while the cement is still liquid as there will be no net expansion of the set cement 

(Cheung, 1999). Furthermore, for practical reasons, it will often be desirable that the 

expansion in the set cement must occur at a practical rate under the temperature and other 

conditions to which it is to be exposed. 

Some wells may experience thermal shock, i.e. sudden change in temperature, 

which may lead to the loss of compressive strength of a set cement. Certain cement 

expansive additives perform well at lower temperatures and pressures; these cement 

additives may not perform well at higher temperatures and pressures. Thus, it is 

necessary to achieve an optimum concentration of the proper “expansive additive”, in 

order to suffer the smallest thermal shock effect.
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In order to drill the well in a permafrost zone on the ANS, it is necessary to take 

into consideration the effect of lower temperature on the expansive additive and the 

proposed oil well cement expansion. However, in the case of Ceramicrete Binder, MgO 

(Magnesium Oxide) is used as an “expansive additive,” which also initiates the reaction 

required for the development of Ceramicrete binder. In order to analyze the behavior of 

MgO in Ceramicrete as an “expansive additive” and eventually in a proposed 

Ceramicrete formulation, the expansion tests have been carried out at BJ Services, 

Tomball, TX at lower temperatures.

5.9.2 Experimental Procedure 

In order to analyze the effect of a lower temperature on Ceramicrete slurry, the 

slurry was poured into specialized molds and allowed to set at 40 degrees F. The 

specialized molds (Figure 33) at BJ Services, Tomball, TX consist of a first section that is 

adjacent to the base and functionally associated with a first anchor block, and a second 

section that is functionally associated with the first section and with a second anchor 

block and is adjacent to the base. Thus, a mold is comprised of the first section, the 

second section, and the base into which a measured amount of Ceramicrete slurry can be 

poured. A sensor is used to measure the movement of the first and second sections 

relative to each other in response to volumetric changes in the cement when the cement is 

exposed to lower temperatures, and the data are recorded over a period of time. 

The main goal in carrying out the Ceramicrete slurry expansion test was to see 

whether Ceramicrete slurry had undergone expansion with or without crack development 

at a lower temperature; in other words, to discover whether it can be used effectively on 

the ANS in oil-well cementing operations.

5.9.3. Results and Discussion 

It can be seen from Figure 33 that the Ceramicrete slurry has undergone 

expansion after setting at the temperature of 40 degrees F and that cracks have developed.  
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Figure 33: Crack Development in Proposed Ceramicrete Binder After Setting and 

Expansion at 40 Degrees F 

Note: The picture was taken after the expansion test. The amount of Ceramicrete above 

the mold rim is due to expansion of Ceramicrete slurry at 40 degrese F;  the crack that 

developed after Ceramicrete slurry expansion at 40 degrees F is indicated by a red 

circle.

The possible reasons for crack development after Ceramicrete slurry setting and 

expansion at 40 degrees F could be “flash setting”; i.e. when the proposed Ceramicrete 

binder formulation is mixed with the required water quantity in a mixer, the slurry 

undergoes instantaneous setting in the mixer. This leads to the formation of a highly 

viscous Ceramicrete slurry, and further mixing of the Ceramicrete binder is not possible. 

The flash setting of a Ceramicrete binder slurry is also accompanied by a high amount of 
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heat evolution. In order to get a stable Ceramicrete after setting, it is important that some 

unreacted MgO particles are available in phosphate solution, as these metal oxides 

provide nucleation points for crystallization into a well-connected crystal lattice (Wagh, 

2003; Banerjee, 2005). In the case of flash setting, there are insufficient MgO particles in 

acidic phosphate solution to provide nucleation points and thus, the crystallization 

process may remain incomplete with the possible formation of an unstable crystal lattice. 

The flash setting is usually observed with low MgO content in the Ceramicrete binder 

formulation. 

Crack development can also be observed with a high MgO content for a given 

amount of potassium phosphate in the Ceramicrete binder formulation. Generating the 

Ceramicrete binder begins with the dissolution of potassium phosphate (KH2PO4). When 

metal oxides are stirred into an acid solution, the oxide generally separates into two 

component parts, a metal cation and an oxygen-containing anion. The metal cations react

with free water molecules and form positively-charged ‘aquasols’ by hydrolysis (Wagh, 

2003; Banerjee, 2005) according to the following reactions:  

KH2PO4 *�$++ + KPO4
2- (Dissolution of phosphate)                                       (5.5)                      

MgO + 2H+ *�"&2+ + H2O (Dissolution of metal oxide)                                 (5.6)                      

Mg2+ + H2O� [Mg*H2O]2+ (Formation of aquasol)                                         (5.7)         

Eventually, the formation of a stable Ceramicrete binder depends on equation 5.7,

and to drive this reaction forward an excess amount of KH2PO4 should be used, leading

to the generation of cations required for dissolution and hydrolysis of Mg2+ in step 5.7 

(Le Chatelier’s principal). Hence, if MgO is used in excess instead of KH2PO4 in a 

particular Ceramicrete formulation, the probable result is formation of an unstable 

Ceramicrete binder. Thus, it is necessary to determine the optimum percentage of MgO 

(expansive additive) for a given amount of KH2PO4 to be used in the Ceramicrete binder 

if crack development after setting at a lower temperature is to be prevented. 
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CHAPTER 6

DETERMINATION OF OPTIMUM AMOUNT OF MgO IN CERAMICRETE 

BINDER
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6.1  Introduction 

It has been observed that a proposed Ceramicrete binder developed a crack after 

setting and expanded at lower temperature, i.e. at 40 degrees F. As discussed when 

presenting the results of the Ceramicrete expansion test at 40 degrees F, crack 

development could be due to a percentage of MgO in the proposed Ceramicrete binder 

that is either higher or lower than the percentage of KH2PO4. Thus, it is very important to 

determine the optimum percentage of “expansive additive”, i.e. MgO, to be used in the 

Ceramicrete binder for a given percentage of KH2PO4 to avoid crack development, which 

can lead to the loosening of set Ceramicrete after some time. In order to avoid casing 

collapse and to establish well integrity, it is important to come up with a formulation of 

Ceramicrete binder with proper percentages of MgO (Magnesium Oxide), KH2PO4

(potassium  phosphate), C-class fly ash, Boric acid, and Wollastonite, which are the main 

constituents of Ceramicrete binder.

6.2 Ceramicrete Formulation Preparation

In these experiments, MgO (25% by weight), KH2PO4 (27.2% by weight), C-class fly 

ash (10.2% by weight), Wollastonite (10.2% by weight), Boric acid (0.09% by weight), 

and water (27.2% by weight) (Banerjee, 2005) were used as a base formulation. The 

MgO concentration was decreased to values which were less than the percentage of MgO 

in the base Ceramicrete binder formulation (Tables 18-21). In order to take into 

consideration the effect of Portland cement contamination on Ceramicrete binder during 

its mixing in normal field practices, the selected permafrost Ceramicrete binder 

formulations were mixed with 5% of dry CPC “G” grade. Thus, to find out the optimum 

percentage of “expansive additive” (MgO) to use and eventually to come up with the 

optimum permafrost Ceramicrete formulation for the ANS, the following permafrost 

formulations were used.  
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Base Ceramicrete Formulation
Contents %

MgO 25
KH2PO4 27.2

C-class fly ash 10.21
Wollastonite 10.2
Boric acid 0.09

Water 27.3
Total 100

Table 18: Base Formulation of Ceramicrete Binder 

  

Sample Ceramicrete Formulation # 1
Contents %

MgO 22.9
KH2PO4 28.5

C-class fly ash 10.6
Wollastonite 10.6
Boric acid 0.1

Water 27.3
Total 100

Table 19: Sample Ceramicrete Formulation #1 

Ceramicrete formulation # 2
Contents %
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MgO 21.5
KH2PO4 29.1

C-class fly ash 11
Wollastonite 11
Boric acid 0.1

Water 27.3
Total 100

Table 20: Sample Ceramicrete Formulation #2 

Ceramicrete Formulation # 3 
Contents %

MgO 19.9
KH2PO4 30.1

C-class fly ash 11.3
Wollastonite 11.3
Boric acid 0.1

Water 27.3
Total 100

Table 21: Sample Ceramicrete Formulation #3

All of the Ceramicrete binder formulations mentioned in the above Tables were 

contaminated with 5% dry CPC “G” grade for further tests. Hence, the following tests 

were carried out with a total of eight samples to determine the optimum permafrost 

cement formulation as well as the effect of CPC “G” grade on Ceramicrete binder 

formulations: 

1. Expansion test at 32 degrees C.

2. Fluid loss testing at 1000 psi differential pressure and room temperature. 

3. Uniaxial compressive strength testing.

6.3 Expansion Test at 32 Degrees F.

6.3.1 Introduction

It was demonstrated that cracks developed in Ceramicrete after setting and 

expanding at the lower temperature of 40 degrees F. Thus, in order to know the effect of 
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lower temperature on a sample Ceramicrete formulation setting and expansion, a 

temperature value less than 40 degree F was selected. The setting of sample Ceramicrete 

formulations was measured at UAF at 32 degrees F in plastic cylindrical molds measuring 

4 inches high and 2 inches in diameter (Figure 34). At the same time, the effect of 

temperature was observed on the expansion of sample Ceramicrete formulations to 

discern whether cracks developed after expansion. 

Figure 34: Plastic Molds of 4” Height and 2” Diameter Used for Setting of Sample 

Ceramicrete Formulations

6.3.2 Results and Discussion

It was observed that sample Ceramicrete formulation # 3 with or without 5% dry 

CPC “G” grade underwent “flash setting” with a high amount of heat evolution. The 

slurries of other sample Ceramicrete formulations, i.e. the base Ceramicrete formulation,

sample Ceramicrete formulation #1, and sample Ceramicrete formulation #2 with or 

without 5% CPC “G” grade set successfully without any crack development when 

refrigerated at 32 degrees F for 24 hrs. (according to ASTM standards). Expansion of the 

base Ceramicrete sample contaminated by 5% dry CPC "G" grade at 32 degrees F after 

24 hrs and expansion of sample Ceramicrete formulation #1 at 32 degrees F after 24 hrs 

are shown in Figures 35 and 36, respectively. 
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Figure 35: Expansion of Base Ceramicrete Sample with Contamination by 5% Dry 

California Portland Cement "G" Grade at 32 Degrees F After 24 hrs

Figure 36: Expansion of Sample Ceramicrete Formulation #1 at 32 Degrees F After 24 

hrs
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Note: The picture was taken after the expansion test. The amount of Ceramicrete above 

the mold rim is due to expansion of Ceramicrete slurry at 32 degrees F. In Figures35 and 

36 expansion of the base Ceramicrete sample contaminated by CPC “G” grade and 

Sample Ceramicrete formulation #1 are  shown. 

The extent of expansion observed for all Ceramicrete formulations with or 

without contamination was the same. The results of the expansion test at 32 degrees F are 

shown in Table 22. 

Case 1 Base Ceramicrete formulation
 with and without CPC "G" 

Slurry sets successfully at 32 degrees F
after 24 hrs with little expansion and 
no crack development.

Case 2 Sample Ceramicrete formulation #1 
with and without CPC "G” 

Slurry sets successfully at 32 degrees F
after 24 hrs with expansion higher than 
in case 1 and no crack development.

Case 3 Sample Ceramicrete formulation  #2 
with and without CPC "G" 

Slurry sets successfully at 32 degrees F
after 24 hrs with little expansion and 
no crack development 

Case 4 Sample Ceramicrete formulation  #3 
with and without CPC "G"

Slurry underwent "flash setting" at  
room temperature with high expansion 
and crack development at 32 degrees F
after 24 hrs.

Table 22: Results of Expansion Test at 32 Degrees F 
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6.4 Fluid Loss Testing of Ceramicrete Formulations at Room Temperature and 

1000 psi Differential Pressure

6.4.1 Introduction

In cementing operations, the cement slurry may exhibit “flash setting” when it is 

subjected to pressure. This is due to a loss of water by filtration to the point where only 

interstitial water is left, resulting in a slurry that becomes unpumpable. In some cases, the 

slurry becomes so viscous that placement pressures exceed the fracturing pressure of a 

weak formation, resulting in lost circulation. By reducing the quantity of filtrate, it is 

possible to reduce the degree and the depth of formation damage, because when water is 

lost to permeable zones, it not only reduces the water/cement ratio of slurry, but the water 

also carries a certain amount of cementitious materials and fines with it that may damage 

productive formations. The final strength of a cement depends on the water/cement ratio 

of the slurry. Fluid-loss-control additives are used to maintain a constant water-to-solids 

ratio in the cement slurries. The API standards for fluid-loss laboratory tests are detailed 

in API spec. 10 (2004). The level of fluid-loss control is usually adjusted to the type of 

cementing operation (Schlumberger, 1984). 

Fluid loss was determined for 8 sample Ceramicrete binder formulations using a

fluid-loss measurement apparatus (shown in Figure 37) at room temperature and at 1000 

psi differential pressure.
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Figure 37: Fluid-Loss Measuring Apparatus at the University of Alaska Fairbanks 

6.4.2 Results and Discussion

Conditions: 

Temperature: 55 degrees F.

Pressure: 1000 psi. 

Time for volume collection: 30 min. 

Weight of Ceramicrete formulation: 290.8 grams. 

Weight of water: 109.2 grams. 

Calculations: 

Filtrate is collected after 30 mins. If test “spurts” in less than 30 mins, fluid loss can be 

calculated by:

                                  Q30 = Qt × 5.477/ ���������������������������������������������������������������������������	

Q30 = Quantity of filtrate collected in 30 mins, cc.
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Qt = Quantity of filtrate collected at time t, cc.

t = time in minutes.

Case 1: Base Ceramicrete Formulation

Fluid loss for uncontaminated (without Portland cement) Ceramicrete can be calculated 

using equation 6.1. 

   Q30 = Qt × 5.477/ ������������������������������������������������������������������������������������������������������

          = 10 × 5.477/ ���

          = 13.69 cc. 

  Fluid loss = 2 * 13.69= 27.38 cc/30 min. 

Fluid loss was observed to be the same in the case of the base Ceramicrete formulation 

with contamination by dry CPC “G” grade.

Case 2: Sample Ceramicrete formulation #1

The fluid loss for sample Ceramicrete formulation #1 without contamination by dry CPC

“G” grade can be calculated using equation 6.1  

Q30  = Qt × 5.477/ ���������������������������������������������������������������������������������������������������������

       = 5× 5.477/ ���

       = 8.65 cc. 

Fluid loss = 2 * 8.65 = 17.31 cc/30 min. 

The fluid loss for sample Ceramicrete formulation #1 with 5% contamination by dry CPC

“G” grade can be calculated using equation 6.1. 

Q30 = Qt × 5.477/ ���������������������������������������������������������������������������������������������������������

           = 6 × 5.477/ ��$

      = 9.48 cc. 

Fluid loss = 2 * 9.48 = 18.97 cc/30 min 

Case 3: Sample Ceramicrete formulation #2 

The fluid loss for sample Ceramicrete formulation # 2 without contamination by

dry CPC “G” grade can be calculated using equation 6.1.   

Q30  = Qt × 5.477/ �������������������������

       = 4 × 5.477/ ����
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= 6 cc.

Fluid loss = 2 * 6.92 = 12 cc/30 min. 

The fluid loss for sample Ceramicrete formulation #2 with 5% contamination by

dry CPC “G” grade is the same as that of sample Ceramicrete formulation #2 without 5% 

contamination by CPC “G” grade.

Case 4: Sample Ceramicrete formulation #3

The sample Ceramicrete formulation #3 with and without 5% contamination by

dry CPC “G” grade underwent “flash setting” in the blender, and thus there was 

negligible fluid loss when the fluid-loss test was carried out at 1000 psi differential 

pressure and at room temperature.

From the above results it can be seen that fluid loss is less in the case of sample 

Ceramicrete formulation #2 with and without contamination by CPC “G” grade. Thus, in 

order to further minimize fluid loss, fluid loss control additives can be used effectively 

for oil well cementing applications on the ANS.

6.5 Uniaxial Compressive strength testing

6.5.1 Introduction

The crushing load that predicts the compressive strength of the set cement has 

been widely used for more than 40 years in establishing wait-on-cement time, i.e. to 

decide how long to wait for cement to set. It is important to know how strong the cement 

must be before drilling can begin, and to understand the strength development 

characteristics of the cement. It is generally accepted in the petroleum industry and by 

regulatory bodies that a compressive strength of 500 psi is adequate for most operations, 

and by using good cementing practices an operator should be able to drill out safely by 

adhering to this minimum strength requirement. It has been observed that the curing 

temperature has a significant influence on cement strength development (Smith, 1990).

6.5.2 Experimental Procedure

Uniaxial compressive strength testing was used to determine stress (psi) vs. 

compression displacement (inch) plot of a cement sample, which can be used to 
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determine the strength of the cement sample. This test involves compressing a cylindrical 

sample under a flat metal plate at a constant rate. Sample cylinders used in this test are 

generally 4 inches in length and 2 inch in diameter. The load on these cylindrical samples 

is increased until the sample undergoes fracturing under the applied force. While carrying 

out uniaxial compressive strength testing (Figure 38), it is necessary to ensure that both 

of the planes of the sample are parallel to the loading plate to ensure uniform loading. In 

this test, a hydraulic compression-testing device was used to provide a load at the rate of 

0.2 mils/sec for the first 2000 psi and a reduced rate of 0.1 mils/sec for the next 2000 psi. 

Figure 38: Compression Testing Data Measurement Setup

Ceramicrete sample after compression in uniaxial compressive strength testing, i.e. post–

fracturing, is shown in Figure 39. 
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Figure 39: Ceramicrete Compression Samples (Post–Fracturing)

6.5.3 Results and Discussion

For uniaxial compressive strength testing, Ceramicrete slurry samples were 

produced by mixing the powder blend with water in a desktop mixer; slurries of these 

samples were poured into plastic cylinders each measuring 4 inches in height and 2 

inches in diameter, which were kept in a refrigerator for curing at 32 degrees F for 24 hrs. 

It has been consistently observed that the compressive strength of Ceramicrete samples 

with and without contamination by 5% dry CPC “G” grade is the same. Stress vs. 

displacement data for different Ceramicrete formulations is shown in figures 40-45. 
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Figure 40: Compression Testing Data for Base Ceramicrete Sample Without 5% 

Contamination by Dry California Portland Cement "G" Grade at Room Temperature 

(Load rate : 37 lbs/sec).
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Figure 41: Compression Testing Data for Base Ceramicrete Sample with 5% 

Contamination by Dry California Portland Cement "G" Grade at Room Temperature 

(Load rate : 37 lbs/sec).
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Figure 42: Compression Testing Data for Sample Ceramicrete Formulation #1 Without  

5% Contamination by Dry California Portland Cement "G" Grade at Room Temperature 

(Load rate = 47.6 lbs/sec). 
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Figure 43: Compression Testing Data for Sample Ceramicrete Formulation #1 with 5% 

Contamination by Dry California Portland Cement “G” Grade at Room Temperature 

(Load rate = 47.7 lbs/sec) 
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Figure 44: Compression Testing Data for Sample Ceramicrete Formulation #2 Without 

5% Contamination by Dry California Portland  Cement “G” Grade at Room Temperature 

(Load rate = 18.5 lbs/sec)
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Figure 45: Compression Testing Data for Sample Ceramicrete Formulation #2 With 5% 

Contamination by Dry California Portland Cement “G” Grade at Room Temperature 

(Load rate = 18.23 lbs/sec) 

The sample Ceramicrete formulation #3 developed cracks after setting and 

expansion at 32 degrees F; thus, sample Ceramicrete formulation #3 was not subjected to 

uniaxial compressive strength testing. The ultimate compressive strength before failure 

shows very little dependence on the Portland cement impurity that exists within the 

Ceramicrete slurry. From the Figures 40-45, it can be seen that as the percentage of MgO 

is reduced, the sample Ceramicrete formulation shows an increase in plastic deformation. 

The compressive strength of the base Ceramicrete formulation was found to be greater

than that of the other Ceramicrete formulations.



93

CHAPTER 7

CONCLUSIONS AND RECOMMENDATIONS

7.1 Conclusions

In normal field practices, when Ceramicrete is mixed with water in mixers it may 

become contaminated with leftover Portland cement. In order to identify the effect of 

Portland cement contamination, tests were conducted at BJ Services in Tomball, TX and

at the University of Alaska Fairbanks with Ceramicrete formulations proposed by the 

Argonne National Laboratory, and the following conclusions can be drawn: 

1.  Experiments carried out at BJ Services, Tomball, TX have shown that a proposed 

Ceramicrete formulation with 5% contamination by set Portland cement  has undergone 

“flash setting” with a final temperature of the slurry being in the range of 55 degrees F to 

120 degrees F; these temperatures can cause the thawing of the permafrost zone around 

the wellbore to a certain extent. 

2. A proposed Ceramicrete binder with 10% contamination by dry Portland cement has 

undergone setting in 3.5 hrs., with an increase in temperature. Simulations carried out 

using ABAQUS software have shown that Ceramicrete with 10% contamination by dry 

Portland cement can cause the thawing of permafrost zone around the wellbore after 3.5 

hrs., i.e. the setting time, by as much as 9 cm. Thawing of the permafrost zone around the 

wellbore can cause casing collapse, which will eventually lead to a loss of well integrity.

3. However, the proposed Ceramicrete formulation with 5% dry Portland cement has 

other properties satisfying the characteristics of an ideal permafrost cement, except that it 

develops cracks after an expansion test at 40 degrees F; this behavior might be due to a 

concentration of MgO in the Ceramicrete that is too high or too low compared to the 

concentration of KH2PO4.

From the tests conducted at the University of Alaska Fairbanks, it can be 

concluded that the recently-developed Ceramicrete formulation provides a novel and 

highly advantageous arctic cementing solution as stated below: 
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1. The newly-developed formulation of Ceramicrete binder: MgO (22.9%), KH2PO4 

(28.5%), C-class fly ash (10.6%), Wollastonite (10.6%), and Boric Acid (0.1%) has 

shown slurry expansion without crack development. 

2. In addition, this formulation does not flash set or show reduced strength in the 

presence of Portland cement impurities and its compressive strength is the same with and 

without contamination by 5% CPC “G” grade, i.e. 2800 psi.  

3. A slurry with less fluid loss without fluid-loss additives does not lead to a temperature 

increase after setting, preventing the thawing of the permafrost around the wellbore when 

used as an oil-well cement on the ANS.

7.2 Recommendations

1. Additional research is still needed to develop strong characterizations of   the 

newly-developed Ceramicrete formulation, i.e. the thickening time of the newly-

developed Ceramicrete formulation slurry should be determined using a consistometer. 

2. A fluid-loss program should be implemented to establish the ideal fraction of water 

that should be introduced into Ceramicrete slurry. 

3. The behavior of a newly-developed Ceramicrete formulation should be analyzed for 

high-temperature oil well cementing operations as well as for interaction with downhole 

non-hydrocarbon chemicals.

4. In order to determine whether a newly developed Ceramicrete formulation is

oilfield-worthy or not, it is important to carry out actual yard tests. 
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Disclaimer

This report was prepared as an account of work sponsored by an agency of the United States 
Government. Neither the United States Government nor any agency thereof, nor any of their 
employees, makes any warranty, express or implied, or assumes any legal liability or 
responsibility for the accuracy, completeness, or usefulness of any information, apparatus, 
product, or process disclosed, or represents that its use would not infringe privately owned 
rights. Reference herein to any specific commercial product, process, or service by trade 
name, trademark, manufacturer, or otherwise does not necessarily constitute or imply its 
endorsement, recommendation, or favoring by the United States Government or any agency 
thereof. The views and opinions of authors expressed herein do not necessarily state or 
reflect those of the United States Government or any agency thereof.  
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Abstract

Due to increasing oil demand, oil companies are moving into arctic environments and deep-
water areas for oil production. In these regions of lower temperatures, wax deposits begin to 
form when the temperature in the wellbore falls below wax appearance temperature (WAT). 
This condition leads to reduced production rates and larger pressure drops. Wax problems in 
production wells are very costly due to production down time for removal of wax. Therefore, 
it is necessary to develop a solution to wax deposition. In order to develop a solution to wax 
deposition, it is essential to characterize the crude oil and study phase behavior properties. 
The main objective of this project was to characterize Alaskan North Slope crude oil and 
study the phase behavior, which was further used to develop a dynamic wax deposition 
model.  

This report summarizes the results of the various experimental studies. The subtasks 
completed during this study include measurement of density, molecular weight, viscosity, 
pour point, wax appearance temperature, wax content, rate of wax deposition using cold 
finger, compositional characterization of crude oil and wax obtained from wax content, gas-
oil ratio, and phase behavior experiments including constant composition expansion and 
differential liberation. Also, included in this report is the development of a thermodynamic 
model to predict wax precipitation.  

From the experimental study of wax appearance temperature, it was found that wax can start 
to precipitate at temperatures as high as 40.6°C. The WAT obtained from cross-polar 
microscopy and viscometry was compared, and it was discovered that WAT from viscometry 
is overestimated. From the pour point experiment it was found that crude oil can cease to 
flow at a temperature of 12°C. From the experimental results of wax content, it is evident 
that the wax content in Alaskan North Slope crude oil can be as high as 28.57%. The highest 
gas-oil ratio for a live oil sample was observed to be 619.26 SCF/STB. The bubblepoint 
pressure for live oil samples varied between 1600 psi and 2100 psi.  

Wax precipitation is one of the most important phenomena in wax deposition and, hence, 
needs to be modeled. There are various models present in the literature. Won’s model, which 
considers the wax phase as a non-ideal solution, and Pedersen’s model, which considers the 
wax phase as an ideal solution, were compared. Comparison indicated that Pedersen’s model 
gives better results, but the assumption of wax phase as an ideal solution is not realistic. 
Hence, Won’s model was modified to consider different precipitation characteristics of the 
various constituents in the hydrocarbon fraction. The results obtained from the modified 
Won’s model were compared with existing models, and it was found that predictions from 
the modified model are encouraging. 

The project was jointly conducted at University of Alaska Fairbanks (UAF), Kansas State 
University (KS), Lawrence, and ConocoPhillips (Alaska), Inc. The work performed by 
Kansas State University is submitted in a separate report.  
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1. Introduction

Since the industrial revolution, demand for energy has been constantly increasing. Currently 
oil is the main source of energy throughout the world. Figure 1.1 shows the world’s crude oil 
demand and supply. 

Figure 1.1: Demand and supply of oil in the world (http://omrpublic.iea.org). 

From Figure 1.1, it can be seen that the demand for oil continues to increase. Also, it can be 
observed that oil companies are struggling to meet the ever-increasing demand for oil. With 
rapid development in highly populated China and India, the demand for oil is going to 
increase at an alarming rate due to huge transportation demand in those large countries. Since 
oil production started in the early 1900s, most oil fields have reached the mature stage, and 
oil production has been on the decline. As a result, oil companies are exploring oil fields 
situated in deeper water or in arctic environments, where the wellbore temperature is very 
low. The Alaska North Slope (ANS) is one such oil field. Located in an arctic environment, 
the ANS plays host to major oil and gas reserves in the United States, accounting for 
approximately 15% of oil production in the nation. 

1.1 Alaska North Slope Background 

The ANS, located north of the Brooks Range, is underlain with thick permafrost which 
extends to about 2000 ft below the land surface and remains frozen year-round. The ANS
receives an average of 10 in. of annual precipitation, and the temperatures average from 40°F
in summer to about -20°F in winter.  

With oil exploration and exploitation starting in the early to mid 1900s, most of the fields 
have reached the mature stage. Oil production has been declining since the late 1990s. This is 
expected of mature fields like those of the ANS. The legendary Prudhoe Bay oil field is 
declining at the rate of 3.5% every year (http://www.usatoday.com, 8/14/2006). Though 
additional discoveries will add to production, it is still expected that production will be in the 
low-rate range. Heavy oil resources constitute great portions of undeveloped reserves of the 
ANS. As a matter of fact, they are the largest undeveloped heavy oil accumulations in the 
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United States, with an estimated recoverable resource of about 10 to 20 billion barrels, using 
currently available technology (http://www.netl.doe.gov).

The continued production of ANS oil is faced with challenges, one of which is the problem 
of wax deposition. Alaska North Slope crude is prone to wax deposition due to reasons that 
include the following: 

1. Location: The location of the ANS in the arctic environment and the underlying thick 
permafrost puts the produced fluid in a condition of enormous heat loss, which 
contributes to the wax deposition problem. 

2. Age: The age of the reservoirs make them prone to the wax deposition problem  
because the light ends of the crude, which serve as solvents for the heavy paraffin 
components, tend to leave the reservoir first, increasing the concentration of the 
heavy components in the crude oil. 

3. Declining rate of production: The decline in production rate currently experienced in 
the ANS oil fields could increase the chance of wax problems for crude, as low flow 
rates are known to favor wax deposition. This scenario is illustrated in Figure 1.2, a 
history of production and projection for future production (in thousand barrels per 
day), including producing fields, producing plus identified development, and mean 
estimates of undiscovered development of ANS fields. 

Figure 1.2: Production history and production projection of the ANS (DOE/EIA, 2001). 

1.2 Crude Oil Wax 

Wax is a component of crude oil that remains in solution until operating conditions are
favorable to its precipitation, a condition caused by changes in the temperature–pressure 
equilibrium of the crude oil. Upon precipitation (crystallization), wax is deposited on the 
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components of the production system by various mechanisms including molecular diffusion, 
shear dispersion, Brownian diffusion, and gravity settling. Brownian diffusion and gravity 
settling are not very significant in the dynamic condition obtainable in crude oil production. 
Wax deposition has been reported in all facets of the production system including the 
reservoir, wellbore, tubing, flow lines, and surface facilities. Wax deposition causes loss of 
production, reduced pipe diameter, and increased horsepower requirements, and negatively 
impacts production economics. The available remedial measures include mechanical, 
chemical, and thermal techniques.

Temperature reduction/heat loss is a dominant factor in wax problems, as wax begins to 
precipitate from crude when the temperature falls to or below the cloud point (wax 
appearance temperature [WAT]). However, other factors such as pressure, oil composition, 
gas-oil ratio, water-oil ratio, flow rate, well completion, and pipe-surface roughness also 
contribute to the problem of wax deposition. 

Laboratory experimental work using stock tank oil (STO) under static condition 
predominated wax deposition research in the past. Recent investigations have centered on the 
use of live oil at reservoir temperature and pressure, which is more representative of the 
reservoir oil in experimental work under dynamic conditions. Thermodynamic modeling of 
wax deposition and validation with experimental data is gaining wide acceptance. The onset 
of wax deposition (true cloud point) is yet to be achieved because all the available techniques 
require some crystals to be formed for detection, thus giving a value that is less than the true 
cloud point. The improvement of existing techniques, or the development of new ones, to 
detect the onset of wax crystallization is a major challenge to research in this area.

1.3 Concern for Wax Deposition 

The problem of wax deposition has plagued the petroleum industry for decades, arousing two 
main concerns—technical and economic—upon its occurrence. Wax deposition can be mild, 
or it can be severe enough that it is unmanageable (Figure 1.3). The earlier the problem is 
diagnosed in the life of a reservoir (or well), the easier it will be to design a preventive or 
control management plan that will reduce or eliminate some of the technical and economic 
problems associated with wax deposition. 

Technical issues associated with wax deposition include: 

� Permeability reduction and formation damage when it occurs around the wellbore and 
its vicinity.

� Reduction in the interior diameter and eventual plugging of production strings and 
flow channels (see Figure 1.3). 

� Changes in the reservoir fluid composition and fluid rheology due to phase separation 
as wax solid precipitates.

� Additional strain on pumping equipment owing to increased pressure drop along flow 
channel consequent to rheological changes as wax begins to crystallize.

� Limiting influence on the operating capacity of the entire production system.  
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Figure 1.3: Severity of wax deposition (http://omrpublic.iea.org) 

The critical role of economics in crude oil production makes wax deposition a significant 
economic concern to the industry due to the following: 

� Capital investment and operating costs are increased when developing paraffinic 
crude oil fields. This could cause serious financial strain on the operator of such a
field or even lead to abandonment when it becomes uneconomical due to blockage of 
facilities by wax deposits. UK Lasmo abandoned and decommissioned its platform in 
November 1994 due to recurrence of wax blockage. The US Minerals Management 
Service published 51 severe wax–related plugs reported in Gulf of Mexico flow lines 
between 1992 and 2002. 

� Lost production. 

� Risk element in development, a problem that could jeopardize the development of 
marginal fields given the prevailing economic situation. The additional cost of 
controlling and managing wax puts a greater risk of abandonment on such fields.   

Hence, control of wax deposition is essential. To address the issue of wax deposition, three 
important phenomena have to be considered: wax precipitation, dynamic wax deposition, and 
heat transfer from the wellbore. Wax plug, which is obtained from wax deposition, is a gel 
that contains solid wax crystals and trapped liquid (Venkatesan et al., 2007). Wax
precipitation is a thermodynamic phenomenon that will lead to deposition of solid wax 
crystals. Dynamic wax deposition is the phenomenon in which a gel is formed with wax 
crystals and liquid. Wax precipitation should be described accurately in order to develop the 
solutions to control wax deposition in wellbores. 
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2. Literature Review

2.1 Wax Overview 

Wax is a general term used to describe all kinds of solid matter being precipitated or 
dissolved during cooling or heating. Wax appearance temperature (WAT) is the temperature 
at which the first wax crystal appears; it is also termed cloud point. The WAT of the stock 
tank oil (STO) is measured using cross polar microscopy (CPM). The WAT of a live oil 
sample can be determined by a high pressure cross polar microscopy (HPCPM) cell. The 
temperature at which all the wax crystals dissolve back into oil is known as wax dissolution 
temperature (WDT). WDT is generally higher than WAT.  

Wax deposition during paraffinic crude oil production and transport is one of the most 
serious problems faced in downhole and surface operations. These deposits are mainly 
constituted by n-paraffins (linear alkanes) and small amounts of branched paraffins and 
aromatic compounds. Naphthenic (cyclic) and long-chain paraffins also make a notorious 
contribution to microcrystalline waxes and have remarkable influence on macrocrystalline 
growing patterns. The carbon number of paraffinic molecules present in wax deposits is 
known to be higher than 15 atoms. When wax precipitates, it forms crystals which cluster, 
forming a crystalline structure. The crystals are thermo-plastic in nature and could exist as 
solid or liquid in solution depending on the temperature and pressure condition of the crude 
oil. Advanced analytical techniques have allowed detecting up to 160 carbon atoms in these 
deposits  

2.2 Concerns with Wax Deposition  

Waxy crude oils pose unique production- and transportation-related challenges. Variation in 
temperature is the dominant factor affecting the waxy crude oil properties. The precipitation 
of wax components out of the oil is responsible for changes in the waxy crude oil properties, 
including gelation of oil and an increase in viscosity.  

Technical issues associated with wax deposition include the following: 

� Reduction in pipe internal diameter and eventual plugging of production tubing and 
surface piping (Figure 2.1). 

� Formation damage near wellbore.  
� Reduction in permeability. 
� Changes in the reservoir fluid composition and fluid rheology due to phase separation 

as wax solid precipitates.
� Significant pressure requirements to re-start the flow, since the gelled oil displays 

yield behavior. (In many operational scenarios, the pipeline may not be able to 
withstand this pressure.) 

� Significant pressure drop across the pipeline. 
� Limitation on the operating capacities of the entire production system. 



6

Figure 2.1: Wax plug in wellbore on platform C in North Sea (Labes-Carrier et al., 2002). 

2.3 Wax Crystallization 

Crystallization generally is the process of separation of solid phase from a homogenous 
solution, the separated solid phase appearing as crystals. Paraffins (waxes) remain in solution 
as natural components of crude oil until temperature gets to or below their solubility limit. 
The separation of wax (solid phase) out of the oil (liquid phase) at favorable prevailing 
conditions (Hammami et al., 2003) is referred to as wax precipitation or crystallization. 
Crystallization and precipitation have been used interchangeably in wax deposition studies 
and will be used to mean the same process in this work. Two types of wax crystals have been 
distinguished (Elsharkawy et al., 1999): macro-crystalline wax composed mainly of normal 
paraffin and micro-crystalline wax from iso-paraffins and naphthenes (cyclo-paraffins). 

Wax crystal formation involves two stages—nucleation and growth—with nucleation 
preceding growth stage. As the solubility limit is approached, the kinetic energy of the 
paraffin molecules is reduced as a result of temperature reduction. Consequent to this 
reduced kinetic energy, the motion of the wax molecules is hindered, leading to continuous 
reduction and closure of the space between the molecules. As this process continues, the wax 
molecules get tangled, forming clusters which grow larger and become stable upon reaching 
a certain critical size. The critical size is dependent upon the prevailing condition. However, 
the clusters re-dissolve when critical size is not attained and become unstable. These clusters 
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are referred to as nuclei. Nuclei that achieve critical cluster size will have an increasing 
number of molecules clinging to them as the prevailing condition remains favorable to 
crystal formation, leading to an increase in size of formed wax crystals. This process of 
increase in size is known as wax crystal growth stage. Nucleation and growth occur
simultaneously in the oil system, with one or the other predominating at a time.

2.4 Wax Deposition 

Sometimes in the literature, deposition is used interchangeably with precipitation , but they 
are different concepts. Wax deposition is the formation of a layer of the separated solid 
phase, and the eventual growth of this layer, on a surface in contact with the crude oil. Wax 
deposition can be formed from an already precipitated solid phase (wax) through 
mechanisms of shear dispersion, gravity settling, and Brownian motion, or from dissolved 
wax molecules through a molecular diffusion mechanism. Precipitation does not necessarily 
lead to deposition, as precipitated wax may not deposit due to other prevailing operating 
conditions. Thus, precipitation, though an important condition for deposition, is not 
necessarily sufficient for wax deposition. Singh et al. (2001) reported that there are two 
stages or steps that are involved in wax deposition: wax gel formation followed by aging of 
deposited wax gel. Petroleum wax deposits contain some crude oil, water, gums, resins, sand, 
and asphaltenes, depending on the nature of the particular crude oil, which are entrapped 
during the crystallization and deposition process. The trapped oil causes diffusion of wax 
molecules into the gel deposit and counter-diffusion of oil out of the gel deposit, a process 
that depends on the critical carbon number of the oil. The critical carbon number is unique 
for different waxy crude oils and depends on the prevailing operating conditions also (Singh 
et al., 2000). In the gel deposit, the fraction of molecules with carbon numbers greater than 
the critical carbon number increases, while that of molecules with carbon numbers lower than 
the critical carbon number decreases. The process of diffusion and counter-diffusion leading 
to hardening of the gel deposit, increase in size of deposit, and increase in the amount of wax 
in gel deposit, is called aging, the second stage of wax deposition. Molecular diffusion, 
therefore, is critical to aging and hardening of wax gel deposits. 

Singh et al. (2000) reported that the deposition of wax gel on the pipe/tubing wall follows a 
process that can be described by the following five steps: 

1. Gelation of the waxy oil (or formation of incipient gel layer) on the cold surface.
2. Diffusion of waxes (hydrocarbons with carbon numbers greater than the critical carbon

number) towards the gel layer from the bulk oil. 
3. Internal diffusion of these molecules through the trapped oil. 
4. Precipitation of these molecules through the trapped oil. 
5. Counter diffusion of de-waxed oil (hydrocarbons with carbon numbers lower than the 

critical carbon number) out of the gel deposit layer. 

Steps 3, 4, and 5 are reported to be responsible for the increase in solid wax content of the 
wax gel deposit (aging of the wax deposit). 
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2.5 Mechanism of Wax Deposition 

The mechanism of wax deposition is considered here with respect to the lateral transport of 
waxy residue. Wax deposition is believed to occur as a result of lateral transport by diffusion, 
shear dispersion, and Brownian diffusion. Gravity settling is believed to be a possible 
transport mechanism also.

Molecular Diffusion
For all flow conditions, oil will be in laminar flow either throughout the pipe or at least 

in a thin laminar sublayer adjacent to the pipe wall. When the oil is being cooled, there will 
be a temperature gradient across the laminar sublayer. If temperatures are below the level 
where solid waxy crystals can be precipitated, then the flowing elements of oil will contain 
precipitated solid particles, and the liquid phase will be in equilibrium with the solid phase;
that is, the liquid will be saturated with dissolved wax crystals. The temperature profile near 
the wall will lead to a concentration gradient of dissolved wax, and this dissolved material 
will be transported toward the wall by molecular diffusion. When this diffusing material 
reaches the solid/liquid interface, it will be precipitated out of solution. 

Brownian Diffusion
Small, solid waxy crystals, when suspended in oil, will be bombarded continually by 

thermally agitated oil molecules. These collisions will lead to small random Brownian 
movements of the suspended particles. If there is a concentration gradient of these particles, 
Brownian motion will lead to a net transport, which in nature and mathematical description is 
similar to diffusion. The possible contribution of Brownian diffusion to wax transport and 
deposition has been mentioned prominently in USSR literature.  

Shear Dispersion
When small particles are suspended in a fluid that is in laminar motion, the particles tend 

to move at the mean speed and in the direction of surrounding fluid. The particle speed is that 
of streamline at its center, and the particle rotates with an angular velocity which is half the 
fluid shear rate. If the particles approach a solid boundary, both linear and angular velocities 
will be reduced. Because of fluid viscosity, rotating particles will impart a circulatory motion 
to a layer of fluid adjacent to the particle. This rotating fluid region exerts a drag force on 
neighboring particles. In a shear field, each particle passes and interacts with nearby particles 
in slower or faster moving streamlines. When only two particles are present, far from a wall 
and at a very low Reynolds number, these passing encounters result in large temporary 
displacements. As the particles pass, their trajectories are such that the particles curve around 
one another and return to their original streamline. Thus, there is no net lateral displacement. 
If the particle concentration is high, however, then a significant number of multiparticle 
interactions will occur. These multiparticle collisions result in net lateral transport and a 
dispersing of particles.  
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Gravity Settling
Precipitated waxy crystals are denser than the surrounding liquid oil phase. Hence, if 

particles were noninteracting, they would settle in a gravity field and could be deposited on 
the bottom of pipes or tanks. For an initially uniform mixture in a vessel, there would be a 
beginning rate of settling followed by a diminishing rate of deposition, which asymptotically 
would approach zero at complete settling. 

2.6 Factors Leading To Wax Precipitation and Deposition 

Wax precipitation occurs when the wax molecules contained in the crude oil reach their 
solubility limit due to change in equilibrium conditions in the crude, resulting in loss of 
paraffin solubility. The solubility limit is directly dependent on temperature and, as such, is 
defined by temperature, given other specified conditions. There are other factors that affect 
the precipitation of wax and thus wax deposition. While some of these factors influence wax 
precipitation by shifting the solubility limit in terms of temperature upwards/downwards, 
others provide a favorable environment for deposition to occur. Such factors include oil 
composition plus available solution gas, and pressure of the oil which affects the amount of 
gas in solution. Others are flow rate, completion, and pipe or deposition surface roughness. 

Temperature
Temperature seems to be the predominant and most critical factor in wax precipitation 

and deposition due to its direct relationship with the solubility of paraffin. Sadeghazad et al. 
(1998) reported that temperature and the amount of light constituent are the two most 
important factors affecting wax precipitation and deposition. Paraffin solubility increases 
with increasing temperature and decreases with decreasing temperature. 

In working with food-grade wax in a model oil solvent consisting of mineral oil and 
kerosene mixed at a ratio of 3:1, Singh et al. (2000) showed the relationship between wax 
solubility and temperature. Wax precipitates from crude oil when the operating temperature 
is at or below the WAT (cloud point temperature). It has been reported that wax deposition 
will not occur until the operating temperature falls to or below the WAT (Erickson et al.,
1993). All other factors actually lead to wax deposition when the temperature is already at or 
below the cloud point. The ambient temperature around the pipe is generally less than the oil 
temperature in the pipe. Thus, there is loss of heat through the pipe wall to the surroundings 
because a temperature gradient exists between the bulk oil and the colder pipe wall. This 
temperature gradient leads to wax deposition when the pipe wall temperature falls below the 
cloud point. The rate of wax deposition is in direct proportion to the temperature difference 
between the bulk oil and the pipe wall (Eaton et al., 1976) when bulk oil temperature is fixed. 
However, Haq (1981) showed that keeping the pipe wall temperature constant at a value 
below the cloud point of the oil and varying the bulk oil temperature reduce the amount of 
wax deposited as the temperature difference between the bulk oil and pipe wall increases 
(Figure 2.2).
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The temperature gradient between the cold tubing/pipe wall and the bulk oil initiates a 
concentration gradient in the paraffin molecule distribution. Paraffin molecules near the pipe 
wall crystallize out of the oil as wall temperature falls below cloud point, leading to a 
reduction in the number of dissolved paraffin molecules around the wall inducing a radial 
concentration gradient. The simple law of diffusion is obeyed then as dissolved paraffin 
molecules in the oil diffuse towards the wall, causing additional precipitation and further 
deposition. This leads to increasing wax deposit thickness with time. Cole and Jessen (1960) 
opined that it is the difference between the cloud point temperature and the temperature of 
the pipe wall that most importantly determines the rate of wax deposition. 

Figure 2.2: Effect of temperature gradient on wax deposition (Haq, 1981). 

Crude Oil Composition 
Crude oil is composed of saturates, aromatics, resins, and asphaltenes (SARA), the 

distribution of which in a particular crude oil system is shown by the SARA analysis. SARA 
determines the susceptibility of the crude to deposition of wax solids, and thus the stability of 
the crude oil. Saturates are flexible in nature, the flexibility being highest in normal paraffins 
because they are straight chain compounds. The very high flexibility of normal paraffins 
makes it possible for them to easily cluster and crystallize. The iso-paraffins equally enjoy a 
high level of flexibility, but form a more unstable wax. Cyclo-paraffins (naphthenes) are least 
flexible due to their cyclic nature and do not contribute much to wax deposition. 

These components are in thermodynamic equilibrium at initial reservoir conditions. It is 
known that aromatics serve as solvents for high molecular weight saturates, which are the 
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sources of paraffin waxes in crude oil while the polar components, especially asphaltenes,
induce wax nucleation (Hammami et al., 1999). Singh et al. (2001) reported, however, that 
the solubility of paraffins in aromatic, naphthenic, and other organic solvents becomes low at 
room temperature (low temperatures). Light ends of saturates equally help to keep the high 
molecular weight heavy ends in solution. The onset of production results in the loss of these 
light ends, as they are first to leave the reservoir. This alters the original composition of the 
oil system, resulting in decreased solubility of the paraffin waxes. This loss of solubility 
could lead to precipitation and deposition of wax. In a model study, Huanquan et al. (1997) 
reported that increasing the percentage of light end (C5) in a synthetic oil system decreased 
the cloud point temperature, reducing the chance of wax deposition. Generally, the weight 
percent of the saturates in the crude oil, the structural distribution of the paraffin components, 
and the occurrence of other solids like formation fines, corrosion materials, and presence of 
asphaltenes which could form nucleating sites—all contribute to wax precipitation and 
deposition. Oils containing high C30+ (especially normal paraffin C30+) concentrations exhibit 
high cloud point temperatures (Ferworn et al., 1997). 

Therefore, knowledge of the oil composition (SARA) gives a fair idea of the wax deposit 
potential of the crude and, hence, the oil stability. Oil stability has been reported to depend 
on its solids content and the balance between aromatics and saturates. By SARA analysis, the 
distribution by weight percent of saturates, aromatics, resins, and asphaltene components, for 
stable and unstable crude oils, is as follows: 

Unstable crude: Saturates > Aromatics > Resins > Asphaltenes

Stable crude: Aromatics > Saturates > Resins > Asphaltenes

This distribution is to be expected since the aromatics keep the heavy paraffin wax in 
solution, while a crude oil system that displays a large amount of saturates (paraffin) is likely 
to be unstable (Carbognani et al., 1999) and thus precipitate and deposit wax. 

Pressure
Pressure, as an important parameter in the exploitation of reservoir fluids, plays a

significant role in wax precipitation and deposition. The pressure profile during oil 
production is such that the reservoir pressure declines with production, and the pressure of 
the flow stream drops all the way from the reservoir to the surface. The lighter components 
of the reservoir fluid tend to be the first to leave the reservoir as pressure depletes. This 
causes an increase in the solute solvent ratio, since the light ends serve as solvent to the wax 
components. Hence, the solubility of wax is reduced with the loss of these light ends.  

Brown et al. (1994) studied the effect of pressure on the cloud point of dead oil as well 
as live oil by measuring cloud point at atmospheric pressure and higher pressures. The wax 
appearance temperature increases with increase in pressure above the bubblepoint, at 
constant composition. This phenomenon implies that increase in pressure in the one-phase 
liquid region (above bubblepoint pressure) will favor wax deposition. The situation is 
different below the bubblepoint where there is two-phase existence. Here wax appearance 
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temperature decreases with increase in pressure up to bubblepoint pressure (Brown et al., 
1994) due to dissolution of light ends back into the liquid phase. The WAT increases with 
increase in pressure for STO, commonly referred to as dead oil (Brown et al., 1994; Karan et 
al., 2000). Huanquan et al. (1997) reported that the WAT increases with increase in pressure 
for a fixed component liquid mixture.  

Other Contributing Factors
Though temperature, composition, and pressure of oil play the most significant role in 

wax deposition, other factors that have been identified as contributing to wax deposition 
include flow rate, gas-oil ratio, and pipe/tubing wall roughness. Laboratory investigations 
have revealed that wax deposition is influenced more by laminar flow than when flow is in 
the turbulent regime. Increasing flow rate from laminar to turbulent reduces maximum 
deposition rate and at the same time lowers the temperature at which maximum deposition 
rate occurs (Hsu et al., 1994), a scenario that is expressed in Figure 2.3. Low flow rates offer 
the moving oil stream longer residence time in the flow channel. This increased residence 
time allows more heat loss to the surroundings, leading to a higher chance of the bulk oil 
temperature falling below the WAT and enough time for wax precipitation and final 
deposition. Jessen and Howell (1958) believed that when flow is in the laminar regime, wax 
deposition increases with increase in flow rate. Increase in flow rate in the laminar regime 
makes more fluid available for wax deposition. However, wax deposition decreases as flow 
moves to the turbulent regime. Turbulent flow stream exerts a kind of viscous force, which 
tends to drag or slough the wax deposits from the pipe wall. When this viscous drag exceeds 
the resistance to shear in the deposits, the wax then sloughs and is lodged back into the 
liquid. This removal mechanism has a significant impact on the wax deposition rate (Hsu et 
al., 1994). There is a difference in texture between wax deposited at high flow rates and wax 
deposited at low flow rates (Jessen and Howell, 1958; Tronov, 1969; Haq, 1981). Paraffin 
wax deposited at high flow rates appears harder, being more compact and more firmly 
attached to the deposition surface, the molecules having good cohesion among them. 

In his study of the effect of deposition surface roughness on paraffin deposition, Hunt 
(1962) concluded that deposits do not adhere to metals themselves, but are held in place by 
surface roughness which acts as wax nucleating sites. Jorda (1966) observed that paraffin 
deposition increases with greater surface roughness. In their wax deposition study with pipes 
of different materials, Jessen and Howell (1958) concluded that the amount of wax deposited 
on a smooth surface is less than that deposited on steel. However, Patton and Casad (1970) 
could not see any correlation between wax deposition and surface roughness, but opined that 
adhesion bond at a surface should be proportional to the total contact area and therefore 
related to surface roughness.

Gas/oil ratio influences wax deposition in a manner that depends on the pressure regime. 
Above the bubblepoint, where all gases remain in solution, solution gas helps to keep wax in 
solution. Luo et al. (2001) reported that wax appearance temperature will be high with low 
GOR (gas oil ratio), while Singh et al. (2004) observed that injection of lift gas in a closed 
loop reduced wax deposition by causing a depression in wax appearance temperature as a 
function of pressure. High GOR would result in more expansion and subsequent cooling as 
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pressure of the oil system depletes, a situation that can aggravate the wax deposition 
problem. In a study to reduce wax-appearance temperature by injection of diluent lift gas, 
Singh et al. (2004) noted that good results were not obtained in high GOR wells.   

Figure 2.3: Effect of flow rate on wax deposition rate (Hsu et al., 1994). 

Wax Appearance Temperature Measurement Techniques
Precipitated wax can be detected in different forms by different techniques. The signal 

can be in the form of amount/quantity of wax precipitated (relative to oil quantity), the size 
of the wax crystals, and the number of wax crystals. All these affect the sensitivity of the 
measurement techniques. It is also known that some techniques detect wax crystals at the 
microscopic level (nucleation stage of wax crystal formation), while others detect wax 
crystals at the early stage of growth. In terms of nature of signals, the different techniques 
can be grouped as follows: 

Amount of wax precipitated: Differential Scanning Calorimetry (DSC), Viscometry

Size of wax crystals: Microscopy, Viscometry, Cold filter plugging test

Number of wax crystals: Light Transmittance (LT), Light Scattering (NIR, FTIR)

It is believed that none of the available techniques is able to measure the true wax 
appearance temperature, where the first crystal appears under thermal equilibrium 
(Hammami et al., 2003). Though CPM is presently reported as the most acceptable and 
conservative method, because it is able to detect wax at the microscopic level by visual 
observation (Hammami et al., 1999), Coutinho et al. (2005) reported that no definite 
conclusion has been established on how cloud points should be measured. Even the most 
conservative CPM technique performs poorly for some oils because some oils naturally 
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contain certain substances that inhibit crystal growth. The different techniques have different 
qualities inherent in them that introduce certain error in the WAT result or make the result 
subjective and dependent on individual judgment.  

ASTM Standard Techniques
The methods of the American Society for Testing and Materials standard procedures 

ASTM D2500 and D3117 are used, respectively, for determining cloud point of petroleum 
products and wax appearance point of distillate fuels. The methods use visual technique to 
detect the cloudiness of a fluid sample in a glass jar as the temperature is reduced. The 
sample fluid is required to be transparent to a layer thickness of about 30–40 mm (Hammami 
et al., 2003; Leontaritis and Leontaritis, 2003) and, therefore, cannot be used for opaque 
crude oils. The obtained WAT/cloud point is dependent on the subjective decision of the 
operator. The cooling rates and temperature measurements could affect the results obtained 
using this technique. Such a technique operates under static condition, which is not 
representative of the crude oil production scenario. Kruka et al. (1995) reported temperature 
lag between the thermometer and sample, as well as the absence of sample stirring during the 
course of the test, as two of the shortcomings of this technique.  

Cold Finger Testing
The basic concept of the cold finger testing technique is that a cold surface (cold finger) 

is placed in a sample of heated crude oil, and cooling fluid is circulated through the interior 
of the cold finger. The cooling fluid is provided by a thermostated circulating heating and 
cooling bath. The oil is maintained at a temperature above the WAT. It is gently agitated 
about the cold finger with a magnetic stirrer. Deposits form on the cold finger’s surface. The 
deposit gives a measure of the problem that can be encountered in the field that is producing 
the oil. Cold finger testing does not have a standard duration. This makes the duration 
individually dependent. The durations that have been used over time are between 3 and 40 
hours. The conclusions reached here are not justified, therefore, based on the differences of 
shear and residence duration of field fluids versus those of the device. The method is semi-
quantitative. It is difficult to recover the deposits for good quantitative measurements of the 
deposited wax. 

Viscometry
The viscometry technique employs the linear relationship between fluid viscosity and 

temperature. Wax formation changes the crude oil from Newtonian to non-Newtonian fluid 
behavior. The viscosity (�) of Newtonian fluids is related to the temperature in a linear 
fashion by the Arrhenius principle given by equation (2.1), 

� =   C exp Ea / RT (2.1) 

where

� = viscosity in Pa.s 
C = constant dependent on entropy 
Ea = activation energy of viscous flow in J/mol 
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R = universal constant  
T = absolute temperature in K

The WAT is determined from a plot of natural log of viscosity (LN Viscosity) versus 
inverse of absolute temperature (1/T) to be the point at which deviation from linearity occurs 
as temperature is lowered (Figure 2.4). Viscometry can be used for opaque fluids. It is a more 
conservative technique than some other techniques in cloud point measurement. The method 
requires a considerable volume fraction of wax crystals to be able to detect the phase 
transition, which gives the cloud point. The WAT that is determined depends on the 
sharpness of the deviation from linearity of the viscosity versus temperature plot. The result 
becomes subjective when there is no remarkable sharpness in the deviation. 

Figure 2.4: Typical viscosity-temperature relationship for the WAT.

Light Transmittance (LT) Technique
The light transmittance technique relies on the variation of light transmission by 

different phases such as solid and liquid. The intensity of light transmitted through or 
scattered by a sample as the temperature varies is measured. When this is applied to oil 
samples in a cooling process, the variation in light transmission due to appearance of crystals 
indicates the WAT. The light transmission versus temperature curve shows a marked 
decrease in light transmission at the WAT. This technique minimizes the error that is 
inherent in visual inspection techniques by presenting a more objective and sensitive 
approach (Kruka et al., 1995). It requires the formation of a certain quantity of crystals before 
a detectable reduction in transmitted light can be obtained; thus the measured cloud point 
would be lower than the true cloud point. The cloud point is detected at the growth stage of 

Sample 06

0

0.5

1

1.5

2

2.5

3

0.003 0.0031 0.0032 0.0033 0.0034 0.0035 0.0036 0.0037

1/T (1/K)

LN
 V

IS
CO

SI
TY

WAT = 29.1 deg C

Spindle: SC4-18
RPM:      200
Temp range: 60 to 0 deg C



16

wax formation. The light transmittance technique can be used for all fluids, both opaque and 
transparent, depending on light source and also can be used for high pressure cloud point 
measurement (Coutinho et al., 2005). This implies that it can be used for determination of the 
WAT of live oils.

Cross Polarization Microscopy 
The cross polarization microscopy (CPM) technique exploits the fact that wax crystals 

rotate the plane of transmitted polarized light, but liquid hydrocarbons do not. The basic 
components of the microscope are the polarizer and the analyzer (Figure 2.5). While some 
researchers have used a small drop of oil sample placed on a microscope glass slide that is 
covered with a cover slide, others have preferred the sample on a micro slide that is placed on 
a glass slide. The procedure remains the same in either case. The slide containing the sample 
is placed on a thermal microscope stage, brought into focus, and viewed under polarized 
light, where wax crystals appear as bright spots on a dark background. A digital camera or 
video camera is employed to capture the appearance of wax crystals, thereby enhancing 
accuracy. 

Figure 2.5: Schematic of a CPM apparatus (Hammami et al., 1999). 

Cross polarization microscopy can detect wax crystals in sizes between 0.5 �m and 1 
�m, depending on the magnification used. It employs a visual technique for WAT 
determination as well as provides a record of crystal growth and morphology. Cross 
polarization microscopy appears to be a conservative technique, having high sensitivity and 
giving higher WAT values when compared to most other techniques. Hammami et al. (1999) 
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reported that CPM is one of the WAT measurement techniques used for opaque fluids (black 
oils). At the microscopic level, when CPM detects WAT, wax is believed to be at the 
nucleation stage of formation. A digital camera captures a photomicrograph of an oil sample 
with precipitated wax on a microscope slide. A typical photomicrograph from CPM, showing 
precipitated wax on a dark background, is shown in Figure 2.6.  

Figure 2.6: Typical CPM photomicrograph. 

The conventional CPM is used for STO, while high-pressure CPM is used for high-
pressure WAT measurements.

Flow Loop/Dynamic Test Loop 
Flow loops are used for wax deposition studies under dynamic conditions. The oil is 

usually circulated in closed loops designed to suit the aim/objective of the research. Pumps 
are used to circulate the fluid at predetermined rates. The number of transducers/censors 
depends on the desired information. Flow loops/dynamic test loops are used for both STO 
and live oils, and for both opaque and transparent fluids. They are usually flexible tools,
where the conditions of pressure, temperature, pump rate, etc., can be varied. Flow loops are 
designed to suit the research interest, and this makes them unique in most cases. A typical 
flow system used by Leontaritis and Leontaritis (2003) in their deposition study, where 
pressure drop across a test section is measured and plotted against temperature to give cloud 
point, is shown in Figure 2.7. In dynamic test loops, the active condition of the crude oil 
production scenario is mimicked. This technique is believed to generate results that depict the 
actual field situation, when compared to other techniques.  
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Figure 2.7: Flow loop (flow through) WAT technique (Leontaritis and Leontaritis, 2003). 

Phase Behavior
The phase behavior investigations of hydrocarbons, hydrocarbon mixtures, and crude oil 

are indispensable in petroleum and allied industries. Primary production and treatment of 
petroleum crude oil require thorough knowledge of phase behavior. Fluid pressure-volume-
temperature (PVT) properties play an important role throughout the life of the reservoir. 
Reservoir fluid properties provide key input to simulators used to evaluate reservoir 
development strategy. Accurate PVT properties are required for the design of well, surface 
facilities, and processing plants. Fluid characterization and distribution within the reservoir 
help in defining the continuity and communication within various zones.  Both compositional 
and black oil simulators require the input of fluid properties or models describing the fluid 
properties as functions of pressure, temperature, and composition.  

As mentioned earlier, hydrocarbon solids have the potential to deposit anywhere from 
the near-wellbore region and perforations to the wellbore, topside surface facilities, and 
pipelines.  

Figure 2.8 schematically demonstrates the superimposed thermodynamic phase 
boundaries for the potential hydrocarbon solid phenomenon. Also shown is the potential 
production PT pathway that would obviously be dependent on the specific hydrodynamic and 
heat transfer characteristics of a given completion and facilities system. As can be seen, the 
pressure and temperature PT pathway of the production circuit can intersect one or all three 
elements of hydrocarbon solid formation and consequently result in potential flow-assurance 
problems wherever these boundaries are crossed. It is noted that crossing the thermodynamic 
conditions for the formation of hydrocarbon solids does not necessarily imply that a flow-
assurance problem will be encountered. Current techniques to assess the deposition tendency 
of the hydrocarbon solids and the factors affecting the deposition of solids are not understood 
well at this time. Until such capabilities are available, experimental and simulation work to 
define the phase boundaries and production PT pathway for real fluids is the key to providing 
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an understanding of the potential for hydrocarbon solid deposition and the subsequent impact 
of these solids on a given fluid/production system.

Figure 2.8: Areas of potential solid problems. 

To develop this fluid phase behavior, it is important to measure properties of reservoir 
fluid at varying thermodynamic conditions of pressure and temperature. However, it is time 
consuming and expensive to measure the fluid phase properties at different conditions, thus 
equations of state are used to predict these properties. The predictions of an equation of state 
(EOS) cannot be relied upon directly, as an EOS cannot accurately simulate the interactions 
between numerous hydrocarbon and non-hydrocarbon components present in petroleum 
crude oil. In order to have meaningful and accurate estimates of fluid properties and phase 
behavior, an EOS requires some amount of tuning to match with experimental data.  

Experimental Phase Behavior Studies 
The phase behavior of any system is dictated by its pressure, temperature, and 

composition. Experimental phase behavior studies include measuring volumetric properties 
as functions of pressure and temperature. Constant composition expansion, differential 
liberation, and separator tests are conducted to analyze the volumetric properties of the heavy 
oils. The process of phase behavior analysis starts with single-phase sample collection,
leading to development of a tuned EOS model that accurately predicts the equilibrium phase 
properties for petroleum fluids. Nagarajan et al. (2006) reviewed the entire process from fluid 
sampling to EOS tuning for all types of reservoir fluids.  

Need for Modeling Wax Precipitation 
For developing wax deposition control techniques, the wax deposition phenomenon 

should be simulated on a computer, because studying effects at the field scale is not feasible. 
For developing a wax deposition simulator, three phenomena should be considered: (1) wax 
precipitation, (2) dynamic wax deposition, and (3) heat transfer from wellbore. 
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Wax precipitation describes the amount of wax formed at a given pressure and 
temperature condition. This simulation is done by thermodynamically modeling wax 
precipitation, and does not take into account any effect of flow rate or other dynamic factors.

Dynamic wax deposition describes the formation of gel and the amount of wax deposited 
on pipe walls, taking. into account the effect of shear rate, flow rate, water cut, etc. This
simulation requires a knowledge of wax precipitation, and is obtained by thermodynamic 
modeling as discussed earlier (Ahn et al., 2005).  

The temperature of the wellbore is one of the most important parameters controlling wax 
deposition. If the temperature is above the WAT, then wax will not precipitate. The 
temperature of the wellbore is controlled by heat transfer from the wellbore to the 
surroundings.  

These three phenomena should be modeled with mathematical models and should be 
programmed and combined to actually simulate the conditions in the wellbore and wax 
deposition in it.  

Hence, it is necessary to thermodynamically describe the wax precipitation, which is the 
focus of this study. The following section reviews various thermodynamic models available 
for describing wax precipitation. 

Compositional Analysis
Many techniques have been developed to quantify the composition of crude, but by far 

the most utilized method is by GC (Gas Chromatography). A complete characterization up to 
carbon number C100 can be completed in about one hour. Detection levels of ppb (parts per 
billion) can be repeatedly obtained with small sample sizes. Modern equipment has become 
modular and can easily be modified to perform many different analyses. Figure 2.9 depicts a 
basic gas chromatographer setup. The inlet, chromatographic column, and the detectors can 
be changed to suit the analysis. The basis behind chromatographic analysis is to separate the 
fluid into pure components for quantification. Separation occurs in the column where travel 
time is determined by boiling point and molecular size. The alkanes listed in Table 2.1 will 
arrive at the detector in the same order when injected on the column in a mixture.

Hydrocarbons are eluted from a non-polar column in boiling point order (Eggerton, 
1960). Branched and straight hydrocarbons with the same carbon number will elute from the 
column before the next incremental hydrocarbon. Columns are chosen based on the analysis 
to be performed. Out of the many possible detectors, the FID (flame ionization detector) and 
the TCD (thermal conductivity detector)are the most common. The FID burns hydrogen with 
air to produce a base signal. When analyte passes through the flame, the signal increases and 
is recorded in the detector. The limitation with this type of detector is that it will not detect 
nitrogen, carbon dioxide, or anything else that will not burn. Sensitivity is excellent and has 
the possibility to detect ppt (parts per trillion) if the sample is carefully prepared. Unlike the 
FID, the TCD has the ability to detect non-flammable components such as nitrogen, carbon 
dioxide, and carbon monoxide, just to name a few. The TCD is a non-destructive detector, 
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Figure 2.9: GC schematic.

Table 2.1. Chemical properties of alkanes

and as such, it can be used with multiple detectors. Detection is done by measuring the heat 
absorbed by passing components. A filament supplies a specific amount of heat to the 
product stream, and will recognize additional loss removed by components other than the 
carrier gas. A second filament is supplied with a reference gas and acts as a baseline that 
experiences the same environmental variability as the sample detector. All components must 
be compared to a standard in order to determine the column elution time and how the 
detector will respond to the analyte.

Name Molecular
formula

Melting
point 
(°C)

Boiling
point 
(°C)

State at
25°C

methane CH4 -183 -164 gas
ethane C2H6 -183 -89
propane C3H8 -190 -42
butane C4H10 -138 -0.5
pentane C5H12 -130 36
hexane C6H14 -95 69
heptane C7H16 -91 98
octane C8H18 -57 125
nonane C9H20 -51 151 liquid
decane C10H22 -30 174
undecane C11H24 -25 196
dodecane C12H26 -10 216
eicosane C20H42 37 343
triacontane C30H62 66 450 solid
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3. Objectives of this Project

Wax (paraffins) can deposit from crude oil in a solid form during production. Wax may form 
anywhere in the producing system when the conditions due to temperature and pressure 
changes become favorable for the precipitation of paraffins. Wax usually forms by nucleation 
where the presence of a seed crystal of paraffin or other solid material in crude oil could 
result in a rapid growth of paraffins. The permafrost of Alaska’s North Slope causes heat loss 
from produced fluids and can lead to significant wax deposition in producing wells. Wax 
deposition typically occurs in wells that produce at lower rates, and leads to severe well 
downtime. Industry has been challenged to create attractive investments in low-rate wells 
made even lower by high downtime. 

Although wax deposition is a commonly encountered problem in production operations, there 
is no universally effective treatment for the problem. Treatment methods are usually highly 
case-dependent, requiring the proper identification of the mechanisms for wax deposition and 
the development of a predicting technique that is specific for the target field. A properly 
designed and implemented treatment method for preventing wax deposition is essential to 
cost-effective production in the unique environment of the Alaska North Slope area. 

The objectives of this study are as follows: 

(1) To evaluate the mechanisms and environments leading to wax deposition in Alaska 
North Slope oil wells; 

(2) To develop models for predicting wax deposition and quantifying its effects on 
production; and

(3) To design methods to prevent wax deposition in oil wells. 
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4. Experimental Studies Conducted

4.1 Sample Preparation 

Rheologically, crude oil can be described as a low viscosity Newtonian fluid at high 
temperature, but it exhibits non-Newtonian behavior due to the crystallization of wax as the 
crude oil cools to low temperatures (Leontaritis and Leontaritis, 2003). The oil samples used 
in this research work were supplied from Alaska North Slope (ANS) fields by 
ConocoPhillips Alaska, Inc. These are stock tank oil (dead oil) samples. In the course of 
shipping and handling, the oil samples have been kept at different ambient temperatures. 
Crude oil composition as well as wax precipitation is sensitive to changes in temperature and 
pressure.  

Laboratory testing with crude oil requires some preliminary preparation of the oil sample to 
ensure that a representative sample is used. This preparation produces a homogeneous oil 
sample used for testing. Different tests may require different techniques depending on the 
expected result, test standard procedure, and sensitivity of equipment. Generally, most crude 
oil tests would require that the oil be heated to a high temperature and rocked/stirred during 
the heating period to produce a homogenous fluid.  

The method of preparation for all the tests carried out in this work is similar. The wax 
appearance temperature (WAT) test requires that all paraffins remain in solution prior to 
commencement of testing. It is believed that these oil samples are exposed to temperatures 
cold enough (below the WAT of oil samples) to cause wax precipitation. In the crude oil 
samples, therefore, wax exists and is referred to as wax memory. There is need then to erase 
this memory and restore the crude oil to a homogeneous single phase that is wax free. This is 
accomplished by heating the oil sample to a temperature of about 60°C (140°F) to 80°C
(176°F) (in order to dissolve all precipitated wax back into solution). Oil samples are heated 
as well prior to a gravity test. A pour point test requires the heated test sample to sit at room 
temperature for a minimum of 24 hours before testing. This follows specified test procedure 
according to ASTM standard D97 for pour point.  

A water bath, as well as an air bath (oven), was used in this work to heat oil samples during 
the tests. The samples were hand rocked intermittently in both cases. 
Using the water bath involved a simple procedure outlined as follows: 

� Power-on the heating bath and set to a temperature of about 60°C (140°F) to 80°C 
(176°F). 

� Immerse the sample container in the heating bath for several hours (about 10 to 20 
hours), depending on the gravity of the oil sample. The crude oils with low density 
are heated to 60°C, thus for less time than crudes having high density. This minimizes 
the loss of light ends from the crude oil sample.  

� Occasionally agitate the oil sample manually with a stirrer during the heating process.
� Remove the sample container from the heating bath at the end of the heating period 

and stir. 
� Draw sample for test.  
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The oven was much easier to use in getting a homogenous oil sample for tests. The oil 
container is placed in the oven and the oven door closed. The power switch is turned on and 
the oven is set to the desired temperature. The oil sample is allowed to heat for a specified 
length of time, during which it is intermittently hand-stirred or agitated. The stirring enables 
a homogenous mixture. When heating is complete, remove the oil sample from the oven and 
agitate once more, then draw a test sample. Figure 4.1.1 shows one of the oil samples sitting 
in the oven ready for heating prior to conducting experimental test. 

Figure 4.1.1: Oil sample in the oven ready for heating. 

4.2 Characterization of Crude Oil Samples 

4.2.1 Measurement of Molecular Weight 

The molecular weight of the stock tank oil (STO) is required information to calculate the 
molecular weight of the plus fraction component. Cryette A (Figure 4.2.1) is a precise 
instrument for measuring the molecular weight of the substance by tracking freezing-point 
depression, because the freezing point of a solution is a measure of its concentration or 
molecular weight. Cryette A consists of a specially designed refrigerator with controls to 
maintain a reproducible environment for the sample, a precision thermometer, and apparatus 
to hold and seed the sample. An addition of seed could contaminate the sample, causing it to 
freeze unexpectedly; hence the seeding is initiated by agitation, thereby preventing the 
contamination. Cryette A is capable of measuring the freezing point change of 0.001°C 
(32°F).  

Oil ContainerOven

Oven Door
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Figure 4.2.1: Cryette A for molecular weight measurement of STO. 

4.2.1.1 Calibration of Instrument 

Before the use of equipment, calibration is necessary for the range of interest. The 
Cryette A is calibrated for range of interest by running a solute of known molecular weight in 
benzene solvent. The following procedure was adapted for calibrating the Cryette A for 
organic solutions: 

1) The range switch was placed in the left position, and the bath temperature was 
allowed to stabilize.

2) Benzene, saturated with water to arrest evaporation loss, was run and allowed to 
seed. After seeding, the head switch was lifted and lowered again. Solvent zero was 
adjusted (by moving the trim pot to the left of the range switch) until the display read 
000.

3) Another sample of water-saturated benzene was run, and this time calibrator I was 
adjusted so that the display reads 000. 

4) A sample of hexadecane (mol wt 226.45) diluted with benzene was run, and 
calibrator II was adjusted until the reading on the display indicated an equivalent 
freezing-point depression resulting in a molecular weight of 226.45. Equation (4.2.1) 
relates the freezing-point depression with molecular weight and solution 
concentration. Using equation (4.2.1), the freezing-point depression corresponding to 
the molecular weight of hexadecane was calculated.
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where 

Kf = freezing point depression of benzene 5.12°C/mole 
Mw = molecular weight of solute 

SoluteW = weight of solute in gms 
solventW = weight of solvent in gms 

4.2.1.2 Operating Procedure

1) Place the Cryette into a fumes hood chamber. Plug the Cryette into a grounded AC 
outlet of the proper voltage. Ensure that the bath is filled completely with the bath 
fluid, or add some bath fluid to it until excess comes out the overflow at the right of 
the instrument. The excess of fluid is collected in a dish and transferred back to the 
bottle. Take care that the glass of the fumes hood is always maintained at the 
minimum operating (height) level throughout the experiment. (Level would be 
marked on the front pane of the fumes hood. If it is not, consult with the safety 
department to check the performance of the fumes hood.) 

2) Switch the “On/Off” switch to “On”, and allow the refrigerator to cool down. 
Meanwhile, start preparing the samples. Be careful with the dilution of the sample. 
The sample has to be diluted enough so as to avoid the premature freezing of the 
sample. We diluted the sample using benzene as the solvent at a ratio of 1:20 for our 
experiments. Place the “Range” indicator at 1 for benzene solutions. 

3) Raise the operating head to its top detent position, and place a sample tube with 2.5 
mL of earlier prepared sample into the refrigerator well. Check that the cool light has 
cycled.

4) Lower the operating head so that the stirring rod and probe enter the tube and the nose 
piece forces the tube down into the refrigerator well. The stirring rod automatically 
begins to stir the sample, and the bath fluid circulates when the operating head is 
lowered. Ensure that the stirring rod does not touch the tube side. 

5) Observe the digital display: The reading will start from -1 and gradually increase to 
1000. The number change should be continuous towards 1000; if it is not then the 
sample is not being properly stirred or the bath fluid is not circulating. 

6) When the digital display reaches 1000, the sample is seeded by a 1 second high-
amplitude vibration of the stir rod. 
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(a) If the digital display does not reach 1000, the “Read” light will not turn on, and no 
reading may be made. Hence, the sample has to be checked for ice.

(b) If after seeding the “Read” light turns on and the digits read 000, 1, or a negative 
number, the sample should be re-run with the “Range” switch on the appropriate 
range.

7) The “Seed” light will blink once or twice as the sample is successfully seeded.
Immediately either turn on the “1” digit if the sample freezing point is between 1000 
and 2000, or if it is below 1000. Read the answer when the “Read” light turns on. 

8) The measurement is complete.

9) Raise the operating head, and remove the tube. Three or four runs for a sample should 
be taken to validate the results. The average of the four results can be noted as the 
molecular weight. Ensure that the different runs are of the same prepared sample to 
avoid the error.  

10) After the run for a sample is over, dispose the sample into a bottle. The bottle needs 
to be labeled as organic waste. Over a period of time when the bottle is filled 
completely and needs to be disposed of, follow the proper procedure with the help of 
the safety office. Do not dispose of any of the organic waste by pouring it in the 
sink.

Calculation of Molecular Weight: 
To determine the molecular weight use:

FPlventWeightofso
KluteWeightofso

MW f

��

��
�

1000

(4.2.2) 

where FP� is the meter reading taken when the READ light is ON.

For benzene: fK  = 5.12°C/mole.

Working with Benzene: 
CAUTION:  

 1. Benzene is flammable, and appropriate care in handling and storage must be 
exercised.
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 2. Benzene is considered to be a carcinogen, and care should be taken to avoid 
exposure to it and its vapors. Ensure that the glass of the fumes hood chamber is well 
below while handling benzene. Use proper safety gloves and goggles to avoid contact of 
benzene with skin and eyes. Go through the MSDS of benzene beforehand.

 3. Benzene tends to absorb moisture from the air around it, which causes a change in 
its freezing point. One easy way to overcome this problem is to add about a centimeter of 
distilled water to cover the bottom of the bottle containing benzene to obtain water-saturated 
benzene which has a more stable freezing point. 

Table 4.2.1. Molecular weight of stock tank oil samples

Sample no.
(stock tank oil)

Molecular 
weight

1 137.30
2 174.27
3 196.10
4 323.36
5 300.29
6 234.98
7 190.23
8 292.32
9 174.63

10 215.53
11 140.58
12 135.16
13 225.09
14 364.85
15 157.83
16 512.27
17 361.33
18 109.60
19 150.59
20 155.79
21 172.06
22 169.19
23 279.96
24 236.32
25 230.74
26 205.25
27 230.27
28 220.24

4.2.1.3 Molecular Weight Result and Discussion

The molecular weight of 28 STO samples and 7 flashed live oil samples were measured. 
For the live oil samples, the molecular weight of plus fraction was calculated by the 
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component material balance, knowing the molecular weight of the oil sample. Table 4.2.1 
represents the measured molecular weight of oil samples.

From Table 4.2.1, it can be observed that for most of the STO samples, molecular weight 
ranges from 150 to 300. But samples #16 and #17 are somewhat dense and, hence, have 
higher molecular weights.  

Table 4.2.2. Molecular weight of flashed live oil samples 
Sample no.

(flashed live oil)
Molecular 

weight
7729 193.35
8611 153.06
7719 227.87
7684 207.23
7730 216.08
7688 231.22
7676 202.58

14185 165.11
14186 204.92

From Table 4.2.2, it can be observed that for most of the live oil samples, molecular 
weight ranges between 150 and 231.

Compositional characterization of many of the same crude oil samples was done using 
gas chromatography. This compositional analysis was used to calculate the molecular weight 
of oil samples based on the average molecular weight of a single carbon number. Table 4.2.3 
gives the comparison between molecular weight obtained from composition and molecular 
weight calculated experimentally from this study. 

Table 4.2.3. Comparison of molecular weights

Sample Molecular wt. Molecular wt.
no. Compositional Experimental
1 220.17 137.30
2 202.30 174.27
4 196.65 323.36
5 207.87 300.29
6 197.32 234.98
7 194.95 190.23
8 182.29 292.32

10 213.01 215.53
11 169.21 140.58
13 214.22 225.09
17 262.84 361.33
19 163.96 150.59
20 178.10 155.79
22 178.51 169.19
24 168.08 236.32



30

From Table 4.2.3, it can be observed that for oil sample nos.1, 2, 7, 11, 19, 20, and 22, 
the molecular weights obtained experimentally are lower as compared with molecular 
weights calculated from composition. 

The compositional and experimental molecular weights for different oil samples are 
plotted in Figure 4.2.2. Ideally, with detailed compositional analysis of crude oil samples, all 
the points should lie on the pink line in this figure. As the higher carbon numbers generally 
are not detected in gas chromatography analysis, it is expected that the points will lie on the 
lower side of the pink line. From Figure 4.2.2, it can be observed that fewer points lie above 
the pink line. The reason for this is the sample preparation procedure. All the oil samples 
were heated in the oven for 2–3 hours before measuring the molecular weight 
experimentally, whereas for compositional analysis, the samples were heated on a hot plate 
for only for 10–15 minutes. Hence, the samples drawn were not homogenous. Also, the 
samples were injected using auto sampler, where samples were at room temperature for a 
couple of hours before being injected into the gas chromatogram.  

Figure 4.2.2: Comparison of compositional and experimental molecular weight. 

Due to different sample preparation procedures, there is considerable difference between 
compositional and experimental molecular weight. Hence, there is no obvious relationship 
between experimentally and compositionally calculated molecular weight. 

4.2.2 Measurement of Density 

The density measurement apparatus consists of Mettler-Paar digital density meter (DMA-45) 
with a connected Brookfield heating/refrigerating bath for temperature control, as shown in 
Figure 4.2.3. The density meter consists of a glass oscillator (DURAN-50) filled with heat-
conducting gas sealed and inserted into a glass housing consisting of two coaxial tubes. The 
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electronic part of the meter excites the glass oscillator, which begins to oscillate at a certain 
frequency.

Figure 4.2.3: Density measurement apparatus. 

The period of oscillation is measured by a built-in quartz clock approximately every two 
seconds, which is then transmitted to a built-in processor that calculates the density and 
displays the result in grams per cubic centimeter (g/cc) via numerical display (LCD). 
Measured density is only accurate if the oscillator is completely filled. The observation 
window, as well as the built-in light, is used to ensure that this requirement is achieved. The 
U-tube oscillator is accessible via two ports: the upper and lower port. While the lower port 
is for injecting test samples, the upper port serves as the means for supply of dry air to flush 
out the sample after measurement and dry the tube during its cleaning. The dry air is supplied 
by a built-in pump, which is activated by turning on the pump switch. Only plastic syringes 
are allowed for injection through the port, and they must be carefully and accurately inserted 
into the lower port (filling inlet) in an axial direction to completely seal the inlet. The use of 
force during this injection should be avoided. Any force, but especially radial force from the 
inserted syringe, could break the measuring cell.

4.2.2.1 Density Measurement Procedure

The calibration of the density meter is necessary prior to measurement of sample density 
with the instrument. The calibration procedure follows a sequence of steps: 

1) Adjust the constant temperature bath to the desired temperature and allow time for 
the bath to attain the set temperature (°C).

Circulating 
Bath Mettler-Paar 

Density Meter
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2) The display selector is set to the position “T” to display the period on the numerical 
display. About 0.7 cc of distilled water is injected into the lower inlet port using a 
syringe, while being observed through the observation window with the light 
switched on. The water has to exceed the upper of the two thickenings on the 
oscillator for injection to be complete. The syringe is left in the lower port while the 
light is switched off for temperature stability. The period on the numerical display is 
allowed to stabilize, and the value is recorded as period (Tw) for a water-filled 
oscillator.

3) Switch on the pump to flush out the water after the syringe has been removed. 
Switch off the pump and inject alcohol to wash off the water and dry the U-tube. 
Then switch on the pump to blow dry air until the value on the display is constant; 
then switch off the pump and wait for about 30 seconds for temperature equilibrium. 
The displayed value is noted as period (Ta) for an air-filled oscillator.

4) The calibration constants A and B are then calculated from the following 
expressions: 

A = (Tw
2 – Ta

2)��,w – ,a) (4.2.3) 

B = Ta
2 – �-�.�,a) (4.2.4) 

w����/�,w �#(�,a are water and air densities (g/cc), respectively, at the temperature of 
calibration. Ta and Tw are periods in seconds for an air-filled oscillator and water-
filled oscillator, respectively.

The density of air is calculated from the equation

,a   = [(0.0012930) /(1+(0.00367 x t)] x P/760 (4.2.5) 

where t is temperature in °C and p is pressure in Torr. 

The density of water corresponding to that temperature and period is obtained from 
the instructions manual or from any standard density source. 

5) This procedure is repeated for any desired temperature to determine the appropriate 
calibration constants for that temperature.

The density (gravity) of oil samples can then be measured using the Mettler-Paar density 
meter, after calibration of the instrument following these procedures. 

� Turn the power switch to the “On” position. 

� Switch on the light to observe the sample through the observation window. 

� Ensure that the cell is clean and dry.
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� Set the display selector to the density position and enter the calculated calibration 
constants for the measurement temperature in the constant buffer of the density meter 
by adjusting with a small screwdriver.

� Draw the sample volume of about 0.7 cc with a syringe, ensuring that there are no air 
bubbles in the sample. Inject the sample into the cell through the lower injection port 
and ensure that the sample exceeds the upper of the two thickenings on the oscillator. 

� Observe the cell carefully to make sure that there are no air bubbles entrapped, as this 
will affect the stability of the density value and give an erroneous display.

� Turn the illumination light off to ensure temperature stability.

� Allow the sample to attain the set temperature of the constant temperature bath and 
the density value on the numerical display to stabilize.

� Record this value as the density in g/cc of the sample.

� Switch the pump on to flush the sample, wash and dry the cell, and check the 
calibration before introducing the next sample.

4.2.2.2 Density Results and Discussion 

Density/API gravity is one of the preliminary diagnostic tests for wax precipitation and 
deposition problems in crude oil. This property gives an insight into the ability of the oil to 
suspend the precipitated wax particles. The ability to suspend wax crystals is a function of 
the difference between the gravities of the oil and the wax crystals. The settling velocity of 
these wax particles in oil can be expressed in a modified version of Stokes’ Law in equation 
(4.2.6) (Burger et al., 1981). The crude oil is treated here as a non-Newtonian pseudo-plastic 
fluid. 
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where

U = settling velocity of wax particles ms-1

��  = difference between gravity of wax and gravity of oil in kgm-3

a = particle diameter in m
g = acceleration due to gravity in kgms-2

IK = viscosity power law parameter for pseudo-plastic fluid in s-1

I
N = power law parameter for pseudo-plastic fluid in Pa

The buoyant force generated by the oil to suspend the precipitated wax crystals is higher 
with increasing oil density. The deposition rate from crystallized wax is reduced, therefore, 
when the oil can keep the wax crystals suspended as the oil is produced. 

Density measurements were taken at different temperatures ranging from 15°C–35°C as 
well as 15.6°C (60°F). Density measured at 60°F gives the specific gravity from which the 
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API gravity of samples is calculated (equation [4.2.7]) and presented in Table 4.2.4. Other 
density measurements are shown in Appendix A. In addition to indicating the ability of oil to 
suspend wax crystals, gravity values are required as input parameters for EOS modeling of 
the phase behavior of crude oil. 

API = (141.5/SG) – 131.5  (4.2.7) 

where SG = specific gravity and API is in degrees. 

Table 4.2.4. Specific gravity and API gravity of oil samples

Sample 
no.

Specific 
gravity

API 
gravity

1 0.7967 46.11
2 0.7938 46.76
3 0.7947 46.55
4 0.8354 37.88
5 0.8549 34.02
6 0.8283 39.33
7 0.7971 46.02
8 0.8445 36.05
9 0.7566 55.52
10 0.8738 30.44
11 0.7477 57.75
12 0.7572 55.37
13 0.8618 32.69
14 0.8744 30.33
16 0.9381 19.34
17 0.932 20.32
18 0.7649 53.49
19 0.7576 55.27
20 0.7596 54.78
21 0.7639 53.73
22 0.7598 54.73
23 0.8356 37.84
24 0.8337 38.23
25 0.8371 37.54
26 0.8336 38.25
27 0.8358 37.80
28 0.8329 38.39

It can be observed from Table 4.2.4 that measured oil sample gravity ranges from 0.7477 
(57.75°API) to 0.9381 (19.34°API). Oil samples #16 and #17 are really dense, with gravity 
of 19.34°API and 20.32°API, respectively. Density for all samples has shown an inverse 
relationship with temperature, as expressed in Figure 4.2.4. Results for densities at different 
temperatures are shown in Appendix A.  
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Figure 4.2.4: Typical oil density–temperature relationship.

4.2.3 Measurement of Viscosity 

The experimental setup is the Brookfield Viscometer model LVDV-II+, as shown in 
Figure 4.2.5. The model consists basically of a small sample adapter which holds the sample, 
a spindle which is immersed in the sample in the holder. The spindle rotates by the action of 
a synchronous motor through a calibrated spring. Also part of the setup are a
heating/refrigerating circulating bath for temperature control through the jacket of the sample 
adapter, and the interfacing computers which contain the software for gathering the viscosity 
data (WinGather) and controlling the temperature (EasyTemp).

The viscometer measures the torque required to rotate the immersed spindle. The deflection 
of the calibrated spring is an indication of the viscosity or resistance to flow and is a function 
of the rotational speed (RPM), and the spindle size and geometry. The spindle size and 
rotational speed are combined in such a manner as to produce a torque that lies between 10% 
and 100%. The accuracy improves as the torque approaches 100%. A slower speed and/or a 
smaller spindle is used for high viscous oils, while a higher speed and/or a larger spindle is 
used for light oils with low viscosities. The viscosity values are digitally displayed in 
centipoise.
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Figure 4.2.5: Viscosity measurement apparatus. 

4.2.3.1 Viscosity Measurement Procedure 

A satisfactory and accurate viscosity measurement requires the following standard 
procedure:  

� The interfacing computers for LVDV-II+ data collection and for temperature control 
of the heating/refrigerating circulating bath are turned on.

� The Brookfield LVDV-II+ Viscometer is powered on, and it auto zeros itself through 
a set of displayed instructions. 

� The Julabo heating/refrigerating circulating bath is turned on and set at the desired 
temperature using the EasyTemp software program in the interfacing computer.

� The WinGather software is opened, and communication between the viscometer and 
the interfacing computer is ensured. 

� The sample Adapter is removed from the jacket, a small sample (about 8 mL), enough 
to cover the spindle up to the middle of the indentation, pipetted into it, and it is 
inserted back into the jacket. Care must be taken to ensure the sample does not entrap 
any air during transfer into the sample adapter. The sample adapter and spindle were 
raised to a temperature of about 50°C to 60°C before transferring the sample for 
testing to avoid any precipitation of wax at the walls (cold) before the test proper.  

� The micro thermocouple temperature probe is inserted at the bottom of the sample 
Adapter and the whole setup is allowed to reach the set temperature. This occurs 
when the set point temperature and the internal temperature of the bath, as displayed,
equal the temperature displayed by the viscometer. 

Data gathering PC

LVDV-II+ 
Viscometers Heating/Cooling 

Circulating Bath
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� The viscometer motor is started by pressing the “Motor On/Off” button, and the speed 
(rpm) is selected, depending on the expected viscosity range, by using the “Set
Speed” button. The rpm is chosen in such a manner that a good torque (>10%) is 
achieved, and the whole profile traversed before a torque of 100% is reached. This is 
because the torque increases as temperature decreases during ramping.

� The ramping profile is set up using the EasyTemp software by clicking on “Edit 
Profile” and then “Use Profile” to enable the computer to implement the given 
profile. A typical profile for ramping from 60°C to 0°C at 1°C cooling per 3minutes 
looks like this—00.00 03:00—where 00.00 is the desired final temperature and 03:00 
is the time in hours and minutes, respectively, required to ramp from the set point 
temperature to the final temperature. 

� The “Start Profile” button is selected to start the ramping profile.

� The “Start Gather” button, indicated by an icon showing a viscometer connected to a 
computer, is selected on the WinGather program, the “Time Stop” is selected, and 
appropriate values are input in the “Number of Readings” and “Time Interval” 
windows. A typical setting is 100 and 03:00, which instructs the computer to gather 
information from the viscometer 100 times, once every 3 minutes (180 seconds). 

� Click on “Ok” to commence data gathering when the profile is started.

� The run is complete when the profile is exhausted or the torque displayed on the 
viscometer has reached 100%, the maximum potential, and an error message (EEE) is 
displayed. The message EEE indicates that the maximum viscosity range of the 
viscometer for that spindle and rpm combination has been exceeded. Select “Stop” on 
the WinGather program and then respond in the affirmative to the “Stop Gather” and 
“Gather Complete” prompts, respectively. Stop the viscometer by pressing the 
“Motor On/Off” button. 

� The data is saved by selecting “Lotus file*wks,” which allows the data to be easily 
stored in Microsoft Excel. 

� The saved data is analyzed by computing the natural log of viscosity and the inverse 
of absolute temperature. A plot of the natural log of viscosity (LN Viscosity) versus 
inverse of absolute temperature (1/K) gives the WAT at the point of deviation from a 
linear trend.

� The sample adapter and spindle are cleaned up with toluene and acetone following 
correct procedures, and the process is repeated for another run.  

4.2.3.2 Viscosity Results and Discussion 

Viscosity is the property that determines the flowability of crude oil. It is influenced by
wax precipitation. Crude oil viscosity plays a significant role on the wax deposition rate. 
When oil viscosity is high, the wax deposition rate tends to be low because high oil viscosity 
makes diffusion of wax molecules to the walls of the tubing/pipe more difficult. All 
mechanisms for wax deposition (molecular diffusion, shear dispersion, Brownian diffusion, 
and gravity settling) seem to be influenced by oil viscosity. Both the molecular diffusion 
coefficient and Brownian diffusion coefficient are inversely related to oil viscosity. Shear 
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dispersion and gravity settling mechanisms involve the movement of precipitated wax 
particles through the crude oil. The higher the oil viscosity, the greater is the resistance to 
movement of wax particles. The rate of dispersion and settling will be slower, and the rate of 
wax deposition will be reduced. It is important to measure oil viscosity because of its impact 
on the wax deposition rate (Labes-Carrier et al., 2002). High viscosity hampers rate of 
diffusion of paraffin, the predominant mechanism for wax deposition, thereby reducing the 
wax deposition rate.  

The experimental result for oil sample #5 is presented in Table 4.2.5, while all results are 
shown in Appendix B. These viscosity measurements were not taken strictly for rheological 
purposes, as is the case for most viscosity measurements (Jamaluddin et al., 2003), but rather,
for viscometry WAT determination. Waxy crude oils are known to exhibit two kinds of 
rheological behavior—Newtonian and non-Newtonian—depending on the temperature and 
the cloud point of the oil.  

Table 4.2.5. Viscosity of oil sample #5 as a function of temperature (WAT = 36.1°C [97°F]) 

Temperature
(°C) 

Viscosity
(cP) 

Temperature(°C) Viscosity
(cP) 

59.2 3.7 36.1 6.23
58.2 3.75 35.1 6.54
57.2 3.82 34.1 6.89
56.2 3.89 33.1 7.29
55.2 3.98 32.1 7.71
54.1 4.05 31.1 8.15
53.1 4.12 30.1 8.65
52.2 4.22 29.1 9.14
51.1 4.34 28.1 9.68
50.1 4.41 27 10.2
49.1 4.5 26 10.8
48.1 4.59 25 11.4
47 4.71 24 12
46 4.83 23 12.7
45 4.94 22 13.4

44.2 5.06 20.9 14.1
43.1 5.2 19.9 14.9
42.1 5.32 19 15.7
41.1 5.46 18 16.6
40.1 5.58 17 17.6
39.2 5.72 16 18.7
38.2 5.9 15 19.9
37.1 6.05 14 21.3

Viscosity measurements show that below the WAT, viscosity increases at a higher rate 
with each degree of reduction in temperature. For oil sample #5, Table 4.2.5, the highest pre-
cloud point increase in viscosity is 0.15 cp/°C, whereas post-cloud point first increment per 
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degree reduction in temperature is about 0.31 cp/°C. Burger et al. (1981) observed a reduced 
gravity settling rate of wax particles due to this increased viscosity. Both density (oil gravity) 
and viscosity measurements will be used for modeling. 

Oil samples #16 and #17 showed unique behavior in all tests, especially for viscosity 
measurement. They have similar properties: viscosity, pour point, and API gravity (19.34 and 
20.32 API gravity, respectively). The two samples fall within the range of heavy oil defined 
by DOE as 10.0°–22.3°API. These samples exhibited a behavior during the viscosity test that 
could be described as shear thinning. At a temperature of 60°C (140°F), the sample viscosity 
was observed to decrease with time at constant shear rate—a non-Newtonian, time dependent 
behavior. This viscosity time-dependency could vary from a few seconds to several days, 
prior to attaining final viscosity. At 60°C (140°F) and 30 rpm constant shear rate, it took 
between 2 and 2.5 hours for these samples to attain stable viscosity, the initial and stable 
values differing by as much as 8 cp. The initial and stable values for sample #16 are 32 cp
and 26.7 cp while those of sample #17 are 37 cp and 28.9 cp. Results for remaining oil 
samples are given in Appendix B.  

4.2.4 Measurement of Pour Point

Pour point is defined as the temperature at which the crude oil sample will no longer flow 
when held at a horizontal position in a test jar for about 5 seconds, due to formation of a wax 
gel network. Pour point is an indicator of the gelling potential of the crude sample. Its
measurement is believed to be affected by factors such as wax content, wax crystal size and 
number, pressure, and solution gas, as well as the thermal history of the crude oil 
(Alboudwarej et al., 2006). Fast cooling rates tend to raise the pour point, while slow cooling 
rates yield lower pour point values. Recent advances in pour point measurement have 
revealed that live oil pour point differs from STO pour point, as solution gas tends to 
suppress pour point (Figure 4.2.6). Pressure increase below the bubblepoint reduces pour 
point due to there being more gas in solution, while above the bubblepoint, pressure elevates 
pour point. However, it could be said that increase in pressure tends to elevate the STO pour 
point as shown by Smuk et al. (2002), where STO pour point increased by more than 2°C
when oil was pressurized from 0.1 MPa to 6.9 MPa (Figure 4.2.7).
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Figure 4.2.6: Effect of solution gas on pour point (www.slb.com/welltesting). 

Figure 4.2.7: Effect of pressure on STO pour point (Smuk et al., 2002). 

The pour point equipment used in this work is basically a 3-bath bench model 334 from 
Lawler Manufacturing Corporation (Figure 4.2.8). The equipment has been designed for 
performing manual cloud point and pour point tests in conformance with ASTM D2500 and 
ASTM D97 standard test methods. Each bath has 4 test ports machined to accept 4 test jars. 
The baths are preset at different temperatures: 0°C (32°F), -18°C (-0.4°F), and -33°C  
(-27.4°F). When the equipment is powered, the baths preset; the actual temperatures are 
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displayed on the digital temperature indicator for each bath. Each bath will then cool to the 
preset temperature via the refrigeration system. The bath fluid level is checked every week 
when it is in use. Other accessories needed to run the pour point test include copper jackets, 
test jars with fill line, o-rings, ASTM standard 5C thermometers, a cork disc for bottom of 
jacket, and a cork stopper with hole for the thermometer. The copper jackets house the test 
jars to prevent any direct contact between the cooling fluid (bath medium) and the test jars, 
while the o-ring and the cork disc for the bottom of the jacket prevent direct contact between 
the test jars and the copper jacket. This helps to ensure uniform cooling in the whole test 
sample and prevents “partial gelling.”

Figure 4.2.8: Pour point measurement apparatus. 

4.2.4.1 Pour Point Measurement Procedure 

The three baths are utilized during the test as the test jar is moved around, starting from 
the highest preset temperature bath. The test jar is placed first in the 0°C (32°F) bath, and the 
test thermometer in the test jar is monitored. If the oil still flows when the test thermometer 
reads 9°C (48.2°F), it is transferred to the -18°C (-0.4°F) bath. The test jar is finally 
transferred to the -33°C (-27.4°F) bath if the oil still moves when the test thermometer reads 
-6°C (21.2°F). The procedure for accurate pour point measurement using Lawler model 334 
is outlined below. 

Power button

Lawler pour point 
bath

Digital temperature indicator

Test Thermometers
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� Prepare the oil sample following ASTM D97 test procedure guidelines. This requires 
that oil samples of unknown thermal history, or samples that have been heated to 
temperatures higher than 45°C (113°F), be kept at room temperature for about 24 
hours before testing. 

� Fill the glass test jar with the oil sample up to the marked fill line and cover the test 
jar with a cork stopper. Insert a 5C ASTM standard thermometer through the hole in 
the stopper into the sample and put an o-ring on the test jar, as shown in Figure 4.2.9. 

� Power on the equipment by pushing the power button, and watch the bath preset 
temperatures displayed. Each bath then stabilizes at the preset temperature. Bath 
temperatures should be allowed to stabilize before using the equipment.  

� Place the test jar from Step 2 into the copper jacket immersed in the bath medium.

� Insert a 5C ASTM thermometer into the bath medium through the hole provided for 
it. This thermometer serves as a check to the bath temperature display on Lawler 334 
pour point equipment. 

� Start observing the sample for no flow at about 9°C (48.2°F) above the expected pour 
point of the oil sample. Remove the test jar, and tilt it to observe movement of the 
sample. If there is movement, return the test jar to the copper jacket. Do all these 
steps in no more than 3 seconds. Repeat the checking process after every 3°C drop in 
temperature until no movement is observed. Then hold the test jar in a horizontal 
position for 5 seconds and observe the flow.

� Record the observed reading of the test thermometer at the point when no flow is
observed in the oil as the test jar is being held in a horizontal position for 5 seconds.   

� Add 3°C to the recorded temperature, and report that temperature as the pour point of 
the oil sample by the ASTM D97 standard. 
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Figure 4.2.9: Test sample for pour point measurement. 

It would be an improper procedure to start the test jar in either the -18°C (-0.4°F) bath or 
the -33°C (-27.4°F) bath. It would be wrong also to move the test jar from a 0°C (32°F) bath 
to a -33°C (-27.4°F) bath without following the proper sequence. To do so would cool the oil 
sample at a faster rate. The faster cooling rate would yield erroneous higher pour point 
temperatures. 

4.2.4.2 Pour Point Results and Discussion

The ANS oil samples tested have unexpectedly low pour points (Table 4.2.6), reported 
in the range of 12°C (53.6°F) to <-31°C (-23.8°F). Nineteen out of the tested twenty-seven 
oil samples have pour points less than -31°C (-23.8°F), as shown in Figure 4.2.10. However, 
some of the samples are almost congealing at -31°C (-23.8°F), showing slow movement, 
while some are still very much liquid-like (Figure 4.2.11).

Stopper

O-Ring

Test Jar

Test Thermometer

Test Sample
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Table 4.2.6. Measured oil sample pour points 

Sample
no.

Recorded pp 
(°C)

Reported pp 
(°C)

Reported 
pp (°F)

Remark at 
-31°C

(recorded+3)
1 <-31 ° ° liquid-like
2 <-31 ° ° liquid-like
3 <-31 ° ° liquid-like
4 -21 -18 -0.4 measured
5 6 9 48.2 measured
6 -24 -21 -5.8 measured
7 <-31 ° ° liquid-like
8 <-31 ° ° almost gel
9 <-31 ° ° liquid-like

10 <-31 ° ° almost gel
11 <-31 ° ° liquid-like
12 <-31 ° ° liquid-like
13 -24 -21 -5.8 measured
14 -3 0 32 measured
16 9 12 53.6 measured
17 9 12 53.6 measured
18 °<-31 ° ° almost gel
19 <-31 ° ° liquid-like
20 <-31 ° ° liquid-like
21 <-31 ° ° almost gel
22 °<-31 ° ° liquid-like
23 -27 -24 -11.2 measured
24 <-31 ° ° almost gel
25 <-31 ° ° almost gel
26 <-31 ° ° almost gel
27 <-31 ° ° almost gel
28 <-31 ° ° almost gel

Pour point qualitatively indicates the temperature at which the crude oil gels under static 
condition. The gelling is a result of buildup of a network of wax crystals. The network 
buildup depends on the wax content of the oil and the wax particle size and number. The wax 
particle size and number tend to be influenced by the cooling rate. The large difference 
between the WAT and pour point could be attributed to low wax content. It could also be a 
result of small wax particle size or a small number of wax particles. Low wax content crude 
will not precipitate enough wax to form a network to gel the oil at a high temperature. The 
precipitation of small-size wax crystals, as is found in some oils, will require a large quantity 
of wax to gel the crude. Generally, as high-molecular-weight wax precipitates out of the oil, 
the lighter components still enable flow until the temperature drops significantly. The 
possibility of the presence of natural wax crystal growth inhibitors in these crudes could also 
cause the pour point to be depressed. The low pour point values would mean that gelling of 
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oil in the wells will not be expected. This is because these oils will have lower pour points in 
the live oils. The presence of solution gas in the live oil will cause the pour point to be 
depressed further. The measured pour point temperatures will be matched in the dynamic 
wax model to tune the model for ANS crudes. 

Figure 4.2.10: Pour point distribution for oil samples. 

Figure 4.2.11: Oil samples having pour point less than -31°C (-23.8°F). 
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4.3 Wax Appearance Temperature and Wax Dissolution Temperature (WDT) 
Measurement

4.3.1 Wax Crystallization Point 

The point defining when paraffin separates into solid phase from the bulk oil liquid phase is a 
very important thermodynamic parameter in wax deposition studies. Sadeghazad et al. (1998) 
described it as a very important parameter that affects wax precipitation and is basic to the 
wax deposition problem. It has been reported that rheologically, crude oil is a low-viscosity 
Newtonian fluid, but exhibits non-Newtonian behavior at low temperature (Leontaritis and 
Leontaritis, 2003), a phenomenon attributed to paraffin wax solid-phase separation. This 
point of separation, defined by temperature, happens to be unique for a particular pressure as 
well as oil composition, and is interchangeably referred to as wax appearance temperature or 
cloud point. Cloud point temperature has been defined as the temperature at which paraffin 
wax begins to crystallize from crude oil solution (Kruka et al., 1995; Karan et al., 2000). 
Monger-McClure (1999) defined measured cloud point as the highest temperature at which 
wax solids are detected when an oil sample is cooled at a controlled rate. This is different 
from thermodynamic cloud point (which can be referred to as true cloud point), defined as 
the highest temperature at which a paraffin wax will exist in a crude oil at a given pressure 
(Hammami et al., 2003). Whereas true cloud point lies on the solid/liquid-phase envelope, 
laboratory or experimentally measured cloud point lies within the solid/liquid-phase envelope 
(Karan et al., 2000). Below WAT a solid phase of wax exists in the crude oil. Figure 4.3.1
shows a typical WAT diagram of crude oil whose bubblepoint is about 2000 psia, indicating 
the point of wax (solid) separation from the crude shown by the curve.   
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Figure 4.3.1: WAT diagram of typical crude oil.

As can be seen from Figure 4.3.1, the crystallization temperature decreases as pressure 
increases from zero to the bubblepoint, then increases with pressure above the bubblepoint.  

Measuring the exact cloud point or WAT has not been easily achievable despite the several 
techniques available for determining such. The wax appearance temperature is a unique oil 
property that is dependent upon many factors including oil composition, measurement 
technique, thermal history of oil, and oil properties relating to crystal nucleation and growth 
(Hammami et al. 2003). The cooling rate employed during a test affects the result. When oil 
samples are cooled fast, there seems to be a supercooling problem that tends to depress the 
measured WAT. Hammami et al. (2003) reported that, in the event of supercooling, the oil is 
cooled beyond the WAT without wax crystallization. Nucleation sites are then required to 
initiate wax formation. Where there are no nucleation sites, wax crystallization becomes 
spontaneous at such a low temperature. 

4.3.2 WAT and WDT Measurement Apparatus (Cross-Polarization Microscopy) 

The cross-polarization microscopy (CPM) apparatus is comprised of four main components: 
a microscope, a digital camera, a temperature controller, and a PC. The microscope used in 
this work (see Figure 4.3.2) is equipped with an analyzer and a polarizer, a light source (6V, 
30W halogen bulb), a stage on which is mounted a temperature-controlled thermal stage, and 
four objective lenses of different magnifications (4X, 10X, 20X, and 40X). The polarizer is 
adjusted by rotating it relative to the analyzer to produce the desired cross-polarized light 
required for the experiment. The cross-polarized light results in a dark background in the 
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entire field of view. The plane of polarization of polarized light is rotated by crystalline 
materials such as wax crystals. The wax crystals can be seen as bright spots in the dark 
background when they crystallize from the cooling crude oil samples. 

Figure 4.3.2: CPM apparatus. 

Infinity 2, a digital camera from Lumenera Corporation, is used in this work. It is a low-light 
camera powered through a USB 2.0 port and runs on a 450 MHz Pentium III or higher PC 
compatible with at least 128 MB RAM. The camera is mounted on the microscope for taking 
photographs of micro slides, and is equipped with infinity capture software that provides an 
easy means of controlling and using the camera. Launching Infinity Capture opens two 
windows simultaneously: a life preview window and a main window. As soon as an image is 
captured, the image-preview window opens to display it (Figure 4.3.3). A detailed 
description on the capabilities of the Infinity software and camera, as well as on how to use 
the software and operate the camera, can be obtained from the Lumenera Infinity Capture 
user’s manual.
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Figure 4.3.3: Infinity capture windows. 

The PC provides the enabling environment for plugging in the camera, installing Infinity 
Capture software, and controlling the camera, as all commands are given on the PC. All 
captured images are saved on the PC as well.

A Physitemp Temperature Controller TS–4 ER is used to control the temperature of the oil 
sample during the experiment. The unit has an operating temperature range of -20°C (-4°F)
to 100°C (212°F), designed to a control accuracy of 0.1°C (32.2°F). The TS–4 ER can also 
serve as an independent thermometer, measuring temperature within the range of -100°C  
(-148°F) to +200°C (392°F). This feature helps to verify the temperature of the thermal stage 
and ensure that accurate temperatures are recorded. The temperature control unit is designed 
to operate with water running at about ½ to 1 liter per minute to remove excess heat from the 
thermal stage. Excess heat can damage the stage if not removed. The unit is to be turned off 
as quickly as possible in the event of an inadequate water supply.   

4.3.3 CPM Test Procedure

The CPM test is carried out using the steps described below: 

Check sample purity: The purity of a sample is critical to the accuracy of the test 
results. Any obscurity will affect both test results and duration. Contaminants such as 
formation fines, water, and other sediments are common in oil, depending on the basic 
sediment and water (BS&W) of the oil. These contaminants are visible as bright spots under 
cross-polarized light during a test and can be mistaken for wax crystals. To establish the level 
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of purity of an oil sample, place a drop of oil on a microscope slide and place a cover slide on 
top. Place the slide on a microscope stage and view it under both normal and cross-polarized 
light. Water mostly appears as round droplets seen under normal light and sometimes under 
polarized light. Samples that have a significant observed clear area are considered pure and 
good enough for the test. Contaminated samples should undergo high-temperature 
centrifugation to remove contaminants before a test.

Centrifugation of contaminated samples: A Beckman centrifuge is used to remove 
contaminants from oil samples. The oil sample is heated in an air bath (oven) of 60–80°C
(140°–176°F) for at least one hour. The Beckman centrifuge is preheated to 60°C (140°F) 
before a sample is transferred to it. The oil sample is rocked and transferred to the centrifuge 
as quickly as possible. Centrifugation is performed at 1000 rpm for about 4 hours. At the end 
of centrifugation, 50–70% of the top part of the centrifuged sample is transferred 
immediately into a clean sample bottle using a syringe. The purified sample is then used for 
the WAT test.

Micro thermocouple calibration: The Omega precision fine-wire thermocouples for 
tests are calibrated before use. They are compared with a certified digital fluke thermometer 
in air, ice water, and hot water to ensure that they give an accurate temperature reading. The 
thermocouple reading should not vary by more than 0.5°F from that of the digital fluke 
thermometer.

Slides preparation: The Fisherfinest premium microscope plain slides for WAT tests 
are cleaned to make sure they do not have particles which can be confused with wax. Each 
slide is washed with toluene and acetone in sequence and dried with Kimwipes lent-free,
delicate task wipers. Air drying of washed slides should be avoided. The washed slides can 
be viewed through the microscope under polarized light to make sure they are cleaned 
thoroughly. Vitro Com Incorporated 0.03 x 0.3 mm ID micro slides (micro capillary cells) 
required for tests are collected with small forceps and dropped in a sample bottle containing a
test sample that has been heated to 60–80°C (140–176°F) in an air bath, and the bottle is 
covered immediately. The bottle with its contents is then allowed to cool to room 
temperature. After cooling, the micro slides are withdrawn from the sample bottle using 
forceps and wiped with a Kimwipes lent-free wipe. A micro slide is positioned on the 
microscope slide, as shown in Figure 4.3.4, and a micro thermocouple is placed on the slide 
close enough to the micro capillary cell. A mixture of two-part epoxy is carefully placed on 
both ends of the micro capillary cell as well as on the tip of the thermocouple to stick them to 
the glass microscope slide. The setup is allowed to sit undisturbed for 30 minutes or more for 
the epoxy to cure properly. 
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Figure 4.3.4: Making slide for CPM test.

Determine oil WAT: The prepared microscope slide with micro capillary cell and 
thermocouple is placed on the microscope stage and held in position with clips. The polarizer 
is then adjusted to change from normal light to polarized light. The sample is observed for 
any wax particles. If there is none, only cooling from room temperature will be required for 
the test. When wax crystals are observed at room temperature, the oil sample is heated to 60–
100°C (140–212°F) to dissolve the wax crystals present. An equilibration time of 15 minutes 
or more is allowed after setting the temperature before making any observation with different 
objectives to ensure all wax crystals have melted and the sample has a clear dark field of 
view.

The WAT of a sample is first estimated by setting the temperature controller to 45°C 
(113°F) and allowing 15 minutes or more before observation. A temperature of 45°C (113°F) 
is chosen because most crude oil WAT is reported below 45°C (113°F). If wax crystals 
cannot be observed, the temperature controller is set at 40°C (104°F), and 15 minutes is 
allowed to pass before an observation is made. The process of 5°C reduction is continued 
until wax crystals can be observed. At this point the temperature is noted, and the controller 
temperature set high again to melt all the wax crystals.

The precise determination of WAT follows nearly the same process used in its 
estimation. The controller is set at 60°C (140°F) after melting all the wax crystals, and 15 
minutes or more are allowed for equilibration before observations. The controller is then set 
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to the temperature closest to the lowest temperature about 10°C (50°F) above the estimated 
WAT as indicated previously. The temperature is then lowered in 1°C steps while observing 
the sample each time after 15 minutes on each set temperature until wax crystals can be seen. 
Record the determined WAT, take photographs of the slide using Infinity Capture, and lower 
the temperature more below the WAT to observe if more crystals appear. Take photographs 
of the slide at each set temperature below the WAT. All observations should be made while 
room lights are turned off.   

Determine oil wax dissolution temperature (WDT): Upon determination of the WAT,
the sample is reheated to determine the temperature at which the last crystal dissolves back. 
Increase the temperature by 5°C intervals from the last set temperature below WAT during 
the WAT test. If all wax is not dissolved at WAT, increase the temperature by 1°C intervals 
from this point. Allow 15 minutes at each set temperature for equilibration. The last set 
temperature at which the final crystal disappears is recorded as the wax dissolution 
temperature.

4.3.4 WAT and WDT Results and Discussion

Research has shown that STO WAT results match closely with field experience (Hammami
& Raines, 1999). STO WAT gives higher value than live oil WAT of the same crude oil. 
This is to be expected, as light ends increase the solubility of paraffin molecules (Huanquan 
et al., 1997), while increase in pressure depresses the WAT below the bubblepoint pressure 
(Brown et al., 1994). The entire wax deposition process is complex. Karan et al. (2000) 
reported that a likely reason why STO WAT closely matches field experience could be the 
difference between bulk oil temperature, which corresponds to field deposition temperature, 
and tubing wall temperature where actual deposition occurs. Stock tank oil WAT remains 
relevant in wax deposition studies and in characterizing waxy crude oils partly because of the 
apparent difficulty in obtaining and handling live oil samples (Karan et al., 2000).  

The WAT test is the most important and critical among other diagnostic tests carried out on a 
crude oil sample for wax precipitation and deposition. It indicates whether or not wax 
precipitation or deposition will be an issue during oil production. Oil composition and
properties change at the WAT as wax begins to precipitate. Viscosity and density of the 
crude increase with an increase in the amount of wax precipitated; therefore, the aim is to 
ensure that the temperature of the producing oil as it arrives at the surface is above its WAT. 
Also, the tubing wall temperature should be kept above the oil WAT to avoid deposition by 
molecular diffusion.  

The results of STO WAT tests performed using two different techniques—viscometry and 
CPM—are hereby presented. In addition to having a diagnostic purpose, these experimental
results can be used to tune a wax deposition model to predict WAT and deposition rates of 
ANS crudes.  

4.3.4.1 WAT by Cross Polarization Microscopy

Cross polarization microscopy was used in this work to evaluate conditions for onset of 
wax crystallization (WAT) and WDT (wax dissolution temperature). It was observed that all 
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tested samples showed evidence of wax precipitation at room temperature (about 23.8°C 
[74.8°F]) and, therefore, had to be heated first to dissolve all wax. This is already described 
in detail in the experimental procedure. The measured WAT is in the range of 25.7°C 
(78.3°F) to 40.6°C (105.1°F) (Table 4.3.1).  

Table 4.3.1. Wax appearance temperature by CPM

Sample 
no.

WAT 
(°C)

WAT  
(°F)

1 27.0 80.6
2 27.9 82.2
3 25.7 78.3
4 31.8 89.2
5 40.6 105.1
6 33.8 92.8
8 29.0 84.2

10 30.5 86.9
14 28.0 82.4
23 31.5 88.7
24 36.0 96.8
25 33.6 92.5
26 34.2 93.6
28 29.8 85.6

The photomicrographs taken during the tests show that wax crystals begin to appear at 
the WAT. Wax is a complex mixture of long chain, high molecular-weight paraffins. The 
highest molecular weight (longest chain) paraffins will tend to crystallize first. At 40.6°C 
(105.1° F) (see Figure 4.3.5), the oil has cooled to its WAT where the paraffin molecules 
have clustered enough to form a stable crystal visible under the microscope. Below WAT at 
37°C (98.6°F) (see Figure 4.3.6), more wax crystals are observed. The crystallization process 
could still be in the nucleation stage at Figures 4.3.5 and 4.3.6. Further reduction in 
temperature below WAT (Figures 4.3.7, 4.3.8, 4.3.9) produced an increase in number and 
size of wax crystals. At this stage, the process has transformed to the growth stage, where 
additional molecules get attached to the already crystallized particles. The crystal growth will 
depend on the oil composition and how much paraffin is contained in the oil. The 
photomicrographs shown in Figures 4.3.5 to 4.3.6 are for oil sample #5.  
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Figure 4.3.5 (left): Sample #5 at 40.6°C (105.1°F) (WAT).
Figure 4.3.6 (right): Sample #5 at 37°C (98.6°F). 

Figure 4.3.7 (left): Sample #5 at 34.5°C (94.1°F). 
Figure 4.3.8 (right): Sample #5 at 28.8°C (83.8°F).

Figure 4.3.9: Sample #5 at 24°C (75.2°F). 
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4.3.4.2 WAT by Viscometry

All results of WAT measured by the viscometry technique are shown in Table 4.3.2. 
These results were obtained from plots of natural log of viscosity versus inverse of absolute 
temperature of measurement. The simple Arrhenius principle is the basis for the viscosity 
WAT plot. WAT by viscometry is affected by homogeneity of oil test sample, amount of 
precipitated wax crystals and size of wax crystals. Non-homogenous oil sample will yield 
false viscosity results and therefore erroneous WAT result. It is therefore necessary to ensure 
that the test sample is homogenous prior to viscosity test to obtain accurate results. The 
volume of wax precipitated in oil sample should be large enough to cause a detectable signal 
(sharp deviation from linearity). The volume is influenced by both size and amount of wax 
precipitated. Oil samples that have small wax content or samples that form small size wax 
crystals would yield viscosity WAT plots that do not have point of deviation from linearity. 
Those samples that have high wax content or form large size wax crystals will produce large 
volume of wax to cause a sharp increase in viscosity at the WAT. All the WAT plots are 
shown in Appendix C, while two have been presented here for the purpose of this discussion. 

Table 4.3.2. Wax appearance temperature measured by viscometry technique 

Sample no. °C °F
1 28.1 82.58
2 30.0 86.0
3 41.1 105.98
4 30.0 86.0
5 36.1 96.98
6 29.1 84.38
7 44.2 111.56
8 27.1 80.78
9 36.5 97.7

10 43.2 109.76
13 44.2 111.56
14 46.2 115.16
16 53.4 128.12
17 54.3 129.74
23 30.0 86.0
24 32.1 89.78
25 36.1 96.98
26 32.0 89.6
27 34.1 93.38
28 29.1 84.38

This technique is very subjective, lending itself most times to personal judgment and 
experience. The accuracy of the technique depends on the distinctiveness of the point of 
deviation from the straight line as fluid behavior transits from Newtonian to non-Newtonian. 
An Arrhenius simple relationship between viscosity and temperature shows a linear 
relationship between the natural log of viscosity and the inverse of absolute temperature in 
the Newtonian range. The viscosity of crude oil samples, like most other fluid systems, tends 
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to increase with temperature reduction; thus oil samples become less viscous with the 
addition of heat. Crystallization of wax from the homogenous oil system causes a sharp 
increase in viscosity at that particular temperature. Figure 4.3.10 shows the WAT plot from 
the viscosity measurement for oil sample #4, one of the samples that shows a reasonably 
distinctive point of deviation from linearity when the Arrhenius relationship is applied to 
determine WAT. 

Figure 4.3.10: Viscometry WAT plot for sample #4. 

However, this is not the case for some crude oil, owing to some other inherent factors 
such as wax content and size of wax crystals. Coutinho & Daridon (2005) report that the 
volume fraction of wax crystals should be large enough to cause viscosity change to no 
longer be linear but exponential. In the strict sense, therefore, WAT cannot be said to be 
measured, but rather inferred from viscosity measurement. When this point cannot be 
conspicuously pinpointed, then WAT could be overestimated or underestimated, given the 
particular judgment of the personnel involved. Sample #10 (Figure 4.3.11) is one such oil 
sample whose plot failed to produce a sharp point of deviation. 
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Figure 4.3.11: Viscometry WAT plot for sample #10. 

As is expected, the WAT inferred from Figure 4.3.11 for sample #10 which indicated as 
43.2°C (109.8°F) is overestimated when compared with the CPM WAT result obtained for 
the same sample which indicated as 30.5°C (86.9°F).  

The WAT result obtained from the viscosity measurement of samples #16 and #17 may 
not be due to presence of wax but some other high molecular-weight compounds, possibly 
asphaltenes. The two samples did not show any sign of wax when tested on the cross 
polarization microscope. It can be expected that the two samples will be highly waxy given 
their measured low API gravity and high pour point. It has been shown that heavy oil (low 
API gravity) does not necessarily correlate with paraffin content (Jayasekera and Goodyear, 
1999) but with a mixture of complex compounds having high melting and pour points. 
Moreover, heavy oils typically have very low levels of paraffin content 
(http://www.cpchem.com/enu/docs_drilling/heavyoils.pdf). It is suggested, therefore, that 
multiple techniques be employed when measuring WAT. Wax appearance temperature
determined from the viscometry technique should not be used alone in crude oil wax 
characterization because of these inherent shortcomings. However, the viscometry technique 
could be used to estimate the WAT in the absence of any other technique, such as CPM.

4.3.4.3 Wax Dissolution Temperature by CPM

The dissolution temperature of precipitated wax crystals is important in designing 
control measures for waxy oil problems. Thermal control technique requires that deposited 
wax is heated to a temperature high enough to dissolve the deposit. Wax dissolution 
temperature has been determined by cross polarization microscopy by observing and noting 
the temperature at which the last wax crystal disappears (melts or dissolves) on a thermal 
stage. 
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Table 4.3.3. CPM WAT and WDT results 

Sample 
no.

WAT (CPM)
(°C)

WDT
(°C)

1 27.0 31.3
2 27.9 33.0
3 25.7 32.4
4 31.8 40.8
5 40.6 50.1
6 33.8 46.2
8 29.0 41.1

10 30.5 43.2
14 28.0 41.3
23 31.5 39.1
24 36.0 43.7
25 33.6 39.2
26 34.2 38.5
28 29.8 38.0

For particular crude samples, it is observed that the WAT and WDT differ by 5°C to 
15°C, WDT being higher than WAT, as shown in Figure 4.3.12. In general, true WAT is 
higher than measured WAT because some wax will form before detection. Cross polarization 
microscopy, though highly sensitive, still requires some microscopic wax crystals to form for 
a detectable signal. The cooling and heating rates are often not low enough to achieve the 
required equilibrium. This leads to a lag between both measurements. When oil is heated, the 
last wax crystal is expected to dissolve back into solution at the true WAT under true 
thermodynamic equilibrium. However, true thermodynamic equilibrium is difficult to attain 
in the laboratory because of the fast rates of superheating and supercooling. Therefore, 
measured WDT is higher than the thermodynamic point (true WAT/WDT). Since true WAT 
is higher than measured WAT, and measured WDT is higher than true WAT, it is 
understandable why measured WDT is higher than measured WAT. A graphical illustration 
of the difference between measured WAT and WDT is shown in Figure 4.3.12, an 
observation that supports previous publications available in the literature.



59

Figure 4.3.12: CPM-measured WAT and WDT compared. 

In his work on wax deposition and aging in sub-sea flow lines, Paso (2004) measured the 
WAT and WDT of an oil sample, using cross polar microscopy, as 26.7°C and 31.7°C, 
respectively, the two conditions differing by 5°C. In their study of wax deposition from 
Kuwaiti crudes, Elsharkawy et al. (1999), using the differential scanning Calorimetry 
technique, observed that WDT was always higher than WAT by 10°C to 29°C. They also
reported that Ronningsen et al. (1997) encountered the same trend during their study with 
North Sea crudes; that is, WDT measured higher than WAT by 5°C to 28°C. They attributed 
this phenomenon to supercooling and superheating effects, which resulted in a non-
equilibrium condition due to fast temperature scanning rates. Since WDT and WAT ought to 
coincide at the true equilibrium solid-liquid temperature, Hammami et al. (2003) reported 
that WDT is usually accepted as depicting more accurately the equilibrium solid-liquid 
coexistence temperature, which ideally is the same for WAT and WDT. 

4.3.4.4 Comparison between Viscometry and CPM WAT Results

In as much as WAT measurement techniques available today have not been able to 
measure the true WAT because each technique requires some amount of wax to form for a 
detectable signal, the sensitivity and mode of detection varies for all techniques. Two 
techniques are compared: viscometry and cross polar microscopy, used in this work to 
determine the WAT of Alaska North Slope dead oils.  
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Table 4.3.4 presents a comparison of WAT measured by CPM and viscometry. The 
comparison is of samples that showed clear point of deviation from linearity in the viscosity 
WAT plot. In the samples with higher WAT by CPM, the results are in fair agreement with 
each other. The CPM WAT in these samples is higher by 1°C to 4°C. This is because CPM 
detects WAT at the microscopic level which is at the nucleation stage of wax crystal 
formation. While WAT inferred from the viscometry method is at the growth stage of wax 
crystal formation, a certain volume of wax is required to cause a sudden change in viscosity. 
This result agrees with other findings in the literature (Coutinho & Daridon, 2005; Hammami 
& Raines, 1999) where viscosity inferred WAT and CPM-measured WAT have been 
compared for the same oil samples. CPM is a more accurate and convincing WAT technique 
than viscometry. Seemingly then, the viscometry WAT that is higher than CPM WAT, as 
shown in Table 4.3.4, must be overestimated. These oil samples have not generated enough 
wax volume to cause a sudden leap in viscosity. The WAT becomes difficult to determine 
from viscosity measurement for these samples. Viscometry, therefore, is not a rigorous 
technique for crude oil that is not capable of generating a large enough volume of wax to 
cause the required sudden increase in viscosity. The results obtained from such samples can 
only be good enough for an estimate comparison of WAT, confirmed by results from more 
accurate techniques like the CPM.

Table 4.3.4. Comparison of WAT from CPM and viscometry 

Sample no. CPM Viscometry
(°C) (°C)

CPM higher 
than viscometry

4 31.8 30.0
5 40.6 36.1
6 33.8 29.1
8 29.0 27.1

23 31.5 30.0
24 36.0 32.1
26 34.2 32.0
28 29.8 29.1

Viscometry 
higher than CPM

1 27.0 28.1
2 27.9 30.0
3 25.7 41.1

10 30.5 43.2
14 28.0 46.2
25 33.6 36.1
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4.3.4.5 Effect of Thermal and Shear History

Oil samples are reconditioned in the laboratory prior to experiments to erase any 
previous history that might exist in such samples. This is particularly necessary in wax 
crystallization and deposition tests, where such memories are believed to influence test 
results (Hammami et al., 2003). The effect of previous memory was investigated with some 
selected samples in the WAT test using the viscometry technique. Samples #4, #5, and #6 
were selected because they showed very distinctive points of deviation at the WAT. The 
WAT results obtained from these samples before and after erasing previous history is shown 
in Table 4.3.5. 

Table 4.3.5. WAT results showing effect of previous history on test results 

Sample no. WAT (°C) WAT (°C)

With history History erased

4 26.4 30.0

5 31.8 36.1

6 20.3 29.1

Table 4.3.5 shows that lower WAT results were obtained when the test was conducted 
without first reconditioning the oil samples. This could be attributed to the fact that some 
wax crystals must have precipitated out of the bulk oil before samples were drawn for the 
test. This resulted in a test sample that is not representative of the original sample, as some 
wax crystals could have settled on the bottom and wall of the container; thus lower WAT 
values are obtained since wax content influences WAT. It is also possible that some lighter 
ends are lost during the heating process, since the sample containers are not heated under air-
tight conditions, which can lead to greater concentration of heavier ends resulting in higher 
WAT. The plot of the natural log of viscosity versus inverse of absolute temperature for 
samples #4 and #5, showing both cases, are presented in Figures 4.3.13 and 4.3.14, and 
Figures 4.3.15 and 4.3.16. 
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Figure 4.3.13: Viscometry WAT for sample #4 (history erased). 

Figure 4.3.14: Viscometry WAT for sample #5 (history erased). 
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Figure 4.3.15: Viscometry WAT for sample #4 (history not erased). 

Figure 4.3.16: Viscometry WAT for sample #5 (history not erased).
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with an homogenous oil sample. It applies equally to other WAT techniques that require 
WAT to be inferred from change in a measured oil property.  

Figure 4.3.17: Effect of thermal history.

4.4 Wax Content Measurement 

4.4.1 Wax Content Procedure 

The wax content procedure involves two steps:

Step 1:  

a) Dissolve approximately 2 grams of crude oil sample in hexane.
After taking 2 grams of the sample, use 50 mL of hexane, warm the hexane, and 
dissolve the sample in it. Once the sample is dissolved, heat the sample enough to get 
it to a boil.

b) Separate the asphaltene content from the crude oil sample using concentrated sulfuric 
acid.  
After getting the dissolved sample to a boil, add 4 mL of sulfuric acid with a
continuous swirling motion. Once the addition of sulfuric acid is completed, leave the 
solution to decant for 2 hours. Once the asphalt from the solution settles down 
separate the clear solution on top and add it to a separating funnel. Wash the asphalt 
content in the flask with warm hexane and add the clear hexane solution to the 
separating funnel. Now wash the clear solution in the separating funnel with warm 
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c) Neutralize the clear solution to remove the acid using ammonium hydroxide solution 
and wash the solution dissolved in hexane with deionised water. 
After washing the solution with warm water, add 4 mL of ammonium hydroxide to 
the solution with a swirling motion and let the solution stand for half an hour until the 
organic layer separates from the aqueous layer. Now remove the aqueous layer, add 
50 mL of warm water to the separating funnel, and wash the hexane solution with a 
swirling motion. Separate the water and continue to step 2. 

Step 2: 

a) Dissolve the asphaltene free sample in methylene chloride. 
After washing the solution with ammonium hydroxide and warm water, take the 
hexane solution in a flask and heat it in a water bath at 95°C in order to evaporate the 
hexane. Then add 50 mL of methylene chloride solution and dissolve the wax in it by 
warming the solution.

b) Cool the solution to -30°C using methylene chloride and dry ice. 
Set up the apparatus as shown in the figure and cool it with dry ice to -30°C before 
adding the methylene chloride solution to the Buchner filter funnel. Cool the 
methylene chloride solution separately in the flask to -30°C with the help of dry ice 
until it becomes cloudy, but make sure that there is no local cooling anywhere in the 
solution by slowly swirling the solution. It should become uniformly cloudy. 

c) Vacuum filter the sample solution of methylene chloride under temperature of -30°C. 
After -30°C is achieved, add the methylene chloride solution in the funnel and apply 
slight vacuum in order to facilitate filtration. Make sure the filter does not run dry and 
add the methylene chloride solution as the level of liquid drops in the Buchner filter 
funnel. 

d) Wax is obtained on the filter. Dissolve this wax in warmed hexane.
Once all the solution is filtered out, a wax cake is formed on the filter in the filter 
funnel. Slowly remove this cake and dissolve it in 50 mL of warmed hexane.

e) Evaporate the hexane from the solution in a water bath at 95°C and then dry the wax 
crystals that are obtained. 
After the hexane solution is obtained, heat it in a water bath at 95°C in order to 
evaporate the hexane. Wax crystals are obtained. Dry them well in an oven or a 
dessicator and weigh the wax obtained.

Calculation of Wax Content: 

The wax content is calculated as follows:

Wax Content, Mass % = 100 (W/S) 
S = sample mass, g
W = wax mass, g
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Figure 4.4.1: Wax content apparatus.
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4.4.2 Wax Content Results and Discussion 

Table 4.4.1 shows the results of wax content for various oil samples. 

Table 4.4.1. Wax content results

Sample 
no.

Weight of 
sample

Weight of 
wax obtained

Wax 
content

g g %
4 2.4 0.3 12.5
24 2.1 0.5 23.8095
16 2.1 0.6 28.5714
17 2.2 0.5 22.7273
6 2.3 0.6 26.087
13 2.5 0.3 12
27 2.4 0.5 20.8333
12 2.4 0 0
9 2.3 0.4 17.3913
8 2.3 0.4 17.3913
14 2.5 0.5 20
7 2.9 0.7 24.1379
10 2.1 0.5 23.8095
3 2.6 0.5 19.2308
5 2.2 0.4 18.1818
2 2.5 0.5 20
15 2.2 0 0
18 2.4 0.5 20.8333
19 2.6 0.6 23.0769
20 2.2 0.3 13.6364
21 2.5 0.4 16
22 2.3 0.4 17.3913
1 2.7 0.5 18.5185
11 2.6 0 0

CD4-05 2.6 0.76 29.2
CD4-318 2.6 0.8 31
CD4-304 2.6 0.73 28

14186 2.5 0.48 19.23
7676 2.5 0.54 21.6
7719 3.3 0.6 18.1818
7684 2.6 0.5 19.2308
7729 2.2 0.4 18.1818
7730 2.3 0.4 17.3913
8611 2.4 0.5 20.8333
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From Table 4.4.1, we can observe that wax is completely absent in few of the oil samples 
such as samples #11, #12, and #15. Sample CD4-318 has the maximum wax content of 31%. 
Most of the oil samples have wax content between 16% and 24%.  

Heavier oil (by gravity) should have more wax than lighter oil, based strictly on the 
definition of wax. Oil samples in Figure 4.4.2 were sorted by API gravity to compare wax 
content with increasing specific gravity. 

Figure 4.4.3 shows the same oil samples as Figure 4.4.2, but sorted by wax content. It was 
noted that several oil samples significantly shifted their relative positions between Figures 
4.4.2 and 4.4.3. Samples CD4-05, CD4-304, and CD4-318 are all in the middle of the API 
gravity range, but had some of the highest wax contents. Samples #10 and #13 had very 
similar API gravities but very different wax content. Crude oil samples #10 and #13 had API 
gravities of 30.44 and 32.69, respectively, but oil sample #10 had double the wax content at
24% as compared with 12% for oil sample #13.  

The crude oil samples with unexpected high wax content all had a large C5 to C9 component 
fraction to help dissolve wax in solution. The sum of C5 to C9 components of samples #10
and #13 totaled 15.9% and 6.8%, respectively. 

Figure 4.4.2: Oil samples sorted by API gravity.
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Figure 4.4.3: Oil samples sorted by wax content.

Oil samples in Table 4.4.2 are plotted in Figure 4.4.4 to show the observed wax content and 
C5 to C9 component fraction relationship. Oil samples CD4-05, CD4-318, and CD4-304 are 
significantly lighter than oil samples #16 and #17, but have just as much wax. What makes 
this possible is the larger fraction of C5 to C9 components that enable more wax to be 
dissolved. 

Table 4.4.2. C5 to C9 component, wax content, and API gravity comparison 

Oil 
sample

C5 to C9
(%)

Wax Content
(%)

API°
Gravity

19 12.9 23.1 55.27

20 13.5 13.6 54.78

CD4-05 65.3 29.2 46.69

7 27.0 24.1 46.02

CD4-318 80.4 31.0 45.04

24 25.0 23.8 38.23

CD4-304 83.8 28.0 38.02

8 22.5 17.4 36.05

5 9.8 18.2 34.02

13 6.8 12.0 32.69

7719 25.4 18.2 28.15

17 1.5 22.7 20.32

16 1.5 28.6 19.34
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Figure 4.4.4: Wax content versus C5 to C9 component fraction. 

It was noted in Table 4.4.2 that the sum of C5 to C9 components and the wax content yielded 
percentages of over 100% for samples CD4-304 and CD4-318. These wax content samples 
were analyzed to check if oil components were being counted in the wax content total 
percentage. Wax content of sample CD4-318 had 10.1% of C7 to C9 components included in 
the total wax percentage. That meant that these components were counted twice and explains 
the greater than 100% values in Table 4.4.2.  

4.5 Cold Finger Experiment 

4.5.1 Cold Finger Procedure 

All cold finger experiments were performed on dead oil samples or flashed live oils. The 
stainless sample container was surrounded by a heated glass jacket manufactured by HGF® 
of Stafford, Texas, shown in Figure 4.5.1. The finger itself was fabricated locally by John 
Fox of Fox Machine in Fox, Alaska. This cold finger setup could accommodate sample sizes 
of up to 100 cc. Two circulating temperature baths were set at constant temperatures of 40°C
and 0°C to induce a temperature gradient in the sample. This allowed rapid characterization 
of the waxing potential. The sample was then run for 24 hours with periodic weight 
measurements of the finger to determine potential for deposition. After the experiment, 
deposited wax was collected, and composition was analyzed by GC as described earlier.
Deposited wax was removed by heating the finger in a beaker and then washed with hot 
cyclohexane.
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Figure 4.5.1: Cold finger device.

4.5.2 Cold Finger Results and Discussion

Deposition rate varied greatly across the sample results.  Gel-like deposits formed much 
faster than wax-like deposits.  Table 4.5.1 shows weight of deposit on the finger after one 
day.   

Table 4.5.1. Cold finger deposition 

Sample 
no.

Time
(h)

Weight of
deposit

Percent of
sample

Character

5 23.5 6.5 15.6 Gel
14 27.5 2.706 8.89 Gel
CD4-318 23.75 2.428 7.09 Gel
16 21.2 3.058 7.09 Gel
CD4-304 22.8 2.190 5.68 Gel
8 23.5 0.7012 1.87 Firm
CD4-05 21.4 0.478 1.25 Firm
7 24.7 0.824 0.824 Firm
7688 26.1 0.118 0.464 Firm
19 24.8 0.177 0.463 Firm
11 17.0 0.137 0.12 Firm
22 24.0 0 0 -
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4.6 Gas-Oil Ratio of Live Oil Sample

In most of the popular empirical correlations, the gas-oil ratio (GOR) is the key parameter in
estimating reservoir oil properties, which in turn can be useful for phase behavior modeling. 
Also, if the need arises to recombine oil and gas, GOR gives us the exact proportion for 
recombination. GOR for live oil samples was measured using the zero-flash liberation 
process. The procedure adopted for measurement of GOR is given below. 

Personal protective equipment required: 

• Safety glasses or goggles
• Protective apron or lab coat
• Rubber gloves

4.6.1 Procedure for Measurement of the Gas-Oil Ratio

(1) Clean the gas cylinder thoroughly with solvent (acetone would be used as solvent in 
this case). Purge the same gas cylinder with nitrogen gas 3–4 times. Fill the gas 
cylinder with nitrogen gas at a pressure of 100 psi. 

(2) Connect the line fittings as shown in Figure 4.6.1. Ensure that all the fittings are tight 
enough. Connect the vacuum pump in the system. Heat the sample cylinder to a
temperature of 180°F overnight. Rock the sample to ensure that it is in one phase. 

(4) Increase the temperature of the hot bath to 120°F wherein the glass flask is placed. 

(5) Open valve 5, valve 6, valve 7, valve 9, and valve 10. Start the vacuum pump and 
evacuate the entire system. Check the vacuum pressure on the digital pressure gauge. 

(6) Stop the vacuum pump and close valve 10. Open valve 8 and let the nitrogen flow 
into the system. Once nitrogen circulates through the entire system, open valve 10 
and start the vacuum pump. 

(6) After the vacuum is maintained for a sufficient time (2 hours) stop the vacuum pump 
and close valve 10.  

(7) Open valve 2 and record the pressure in the sample cylinder. Start pump 1 and 
increase the pressure of the sample cylinder to the desired value. Set the pump at a
constant pressure gradient.  

(8) Open valve 4 and record the pressure on the pressure gauge. Gently open valve 5, and 
let the one-phase fluid flow out of the sample cylinder at a controlled rate.  

(9) As the sample reaches the glass flask, it will flash into two phases; liquid oil will 
settle down in the flask and the gas will flow out of the flask to the gas cylinder. Keep 
a close watch on the vacuum pressure. (The pressure should never exceed 1 atm.) 
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(10) Continue flashing the sample until the pressure in the gas cylinder increases to 1 
atm. Once it reaches 1 atm, close valve 5, valve 7, and then valve 8.  

(11) Stop pump 1, and close valve 5, valve 6 valve 7, and valve 8. Detach the gas 
cylinder and store it in a safe place after proper labeling.

(12) Collect the oil from the glass flask into a bottle and store it in a safe place after 
proper labeling. 

4.6.2 Calculating the Gas-Oil Ratio

(1) Measure the weight of the separated oil. Measure the density of oil and, hence,
calculate the volume of oil collected.

(2) The pressure of the gas cylinder is known. Run the gas sample through GC/MS to 
obtain the gas composition and, hence, calculate the z-factor of gas. The volume 
capacity of the gas cylinder is known; thus the volume of gas separated can be 
calculated using the gas law.  

Knowing the volume of oil and gas, we can calculate GOR. 

 

Figure 4.6.1: Setup for measurement of GOR.



74

Figure 4.6.2: Laboratory setup for GOR measurement.

4.6.3 Gas-Oil Ratio Results and Discussion

The gas-oil ratio for five live oil samples was measured using the zero-flash liberation 
method. Table 4.6.1 lists the results for gas-oil ratio.

Table 4.6.1. GOR for live oil samples

Sample no. Weight of oil Density of oil Volume of gas Volume of oil GOR

(gm) (g/cc) (cu ft) STB SCF/STB

CSB 7719 183.21 0.8863 0.6924 0.00130 535.59

CSB 7676 26.66 0.8867 0.0786 0.00019 415.60

CSB14185 24.20 0.8399 0.0790 0.00018 436.23

CSB 7688 13.13 0.8939 0.0619 0.00009 669.94

CSB 7730 26.42 0.8885 0.0616 0.00019 329.16

Figure 4.6.3 shows the comparison between the GOR and the percent composition of C5–C10
for four oil samples. Only four oil samples were taken into consideration as compositional 



75

analysis, for a fifth one was not available. From the graph it is evident that the higher the 
percent composition of C5–C10 is in the oil, the higher the GOR is. 

Figure 4.6.3: Comparison of GOR and C5–C10 composition. 

Figure 4.6.4 shows the comparison between the GOR and molecular weight of the oil 
sample. Molecular weight is the average weight of the components. Two different oil 
samples having similar molecular weight can have a completely different composition. The 
solubility of gas in oil depends more on composition. From the graph it can be seen that, as 
the molecular weight increases, the GOR tends initially to decrease, but as the molecular 
weight increases beyond 220, the GOR increases. Hence, there is no obvious relationship 
between the GOR and the molecular weight of an oil sample. 

Figure 4.6.4: Comparison of GOR and molecular weight. 
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4.7 Laboratory PVT Tests 

The PVT setup used in this study is shown in Figure 4.7.2. The DBR-manufactured PVT cell,
capable of handling pressures up to 10,000 psi and temperatures up to 350°F, was housed in 
a constant temperature air bath to maintain the test temperature. An integrated system of 
various valves and tubing was used for the purpose of charging and withdrawing the sample. 
The PVT cell was disassembled and cleaned thoroughly. Glass windows located on either 
side of the PVT cell were compressed sealed on the periphery. The liquid contents of the cell 
were observed and measured by a cathometer. A few modifications were made to the existing 
PVT cell: 

(1) The flat piston was replaced with a tapering end on the sample side in order to get a
more accurate bubblepoint pressure. 

(2) A mixer was installed on the sample side of the PVT cell in order to stir the sample, 
which helped to decrease the pressure equilibration time. 

(3) After a few experiments, the old cathometer was modified with a new one to get more 
accurate readings with respect to sample volumes. 

The operating procedure for the PVT cell system is described in the following sections.

Figure 4.7.2: Setup of PVT cell.
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DBR pump
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Figure 4.7.3: PVT cell in the oven. 

Figure 4.7.4: New cathometer.

PVT Cell

Lens

Reading display

Motor 
Control
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Figure 4.7.5: Gas-oil separator.

Figure 4.7.6: Sample in PVT cell at 5000 psi and 71.1°C (160°F). 

Piston

Oil Sample
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Figure 4.7.7: Sample in PVT cell at 1157 psi and 71.1°C (160°F) (below bubblepoint 
pressure). 

4.7.1 Pressure Test for PVT Cell

(1) The PVT was set up as shown in Figure 4.7.2 to Figure 4.7.5.  

(2) The cell was evacuated through the lower valve by connecting it to the vacuum pump. 

(3) The PVT cell was filled with water on either side of the piston. The DBR pump was 
used to pressurize the PVT system and tubing up to 5500 psi. 

(4) The system was observed for any possible leaks.  

(5) The pressure test was successfully conducted for 24 hours. 

Piston

Oil Sample

Gas
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4.7.2 Calibration of Cathometer 

A calibration of the cathometer with the PVT cell was done in order to know the 
displacement per cubic centimeter. The following is the calibration data:

Pressure: 14 psi 
Least count of cathometer: 0.005 mm
Reference: Top position of piston 
Total volume of PVT cell: 150 cc
Volume of Piston in cell: 20 cc

Table 4.7.1. Calibration of PVT cell with cathometer

Initial 
cath.

reading

Final 
cath.

reading
Difference

(mm) 

Initial 
pump

reading

Final 
pump

reading

Volume
Calibration

(cc/mm)
pump 
(cc)

20.260 20.440 0.180 91.210 90.010 1.210 6.722
20.440 20.690 0.250 90.010 88.090 1.920 7.680
20.690 20.920 0.230 88.090 86.040 2.050 8.913
20.920 21.300 0.380 86.040 84.000 2.040 5.368
21.660 22.310 0.650 80.000 75.010 4.990 7.677
22.310 22.950 0.640 75.010 70.040 4.970 7.766
22.950 23.600 0.650 70.040 65.050 4.990 7.677
23.600 24.220 0.620 65.050 60.060 4.990 8.048
24.220 24.900 0.680 60.060 55.040 5.020 7.382
24.900 25.460 0.560 55.040 50.040 5.000 8.929
25.460 26.100 0.640 50.040 45.030 5.010 7.828
26.100 26.760 0.660 45.030 40.030 5.000 7.576
26.760 27.370 0.610 40.030 35.040 4.990 8.180
27.370 28.000 0.630 35.040 30.010 5.030 7.984
28.000 29.300 1.300 30.010 20.030 9.980 7.677
29.300 30.550 1.250 20.030 10.020 10.010 8.008
30.550 31.820 1.270 10.020 0.000 10.020 7.890

Average= 7.724

4.7.3 Recombination of Sample 

Live oil samples were stored in a high-pressure cylinder. Before this live oil sample could be 
used for the experiments, it was necessary to ensure that the oil sample was in one phase. 
Hence, recombination of the sample was essential. A rocker was built, as shown in 
Figure 4.7.8  
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Figure 4.7.8: Sample cylinder on a rocker.

1) The sample cylinder was wrapped with heat tape. A thermocouple was inserted 
between the cylinder and the heat tape in order to know the temperature of the sample 
cylinder (see Figure 4.7.8). 

2) Insulation was wrapped around the heat tape to minimize the heat loss. 

3) The sample cylinder was mounted onto the rocker. The heat tape and thermocouple 
were connected to the temperature controller. The temperature was set above the 
reservoir temperature of 71.1°C (160°F). Once the temperature was reached, pressure 
in the sample cylinder was increased to 5000 psi using the Isco pump.  

4) The sample was rocked at a temperature of 71.1°C (160°F) and pressure of 5000 psi 
for 3–4 days. A pressure gauge was mounted on the sample to monitor the pressure in 
the sample cylinder.

4.7.4 Sample Injection

1) The sample cylinder was heated to a reservoir temperature of 71.1°C (160°F), using 
heating tape. 

Temperature Control

Sample Cylinder

Thermocouple
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2) The pressure of the sample in the cylinder was increased to 5000 psi. 

3) The sample was rocked using the rocker for 3 days. (The temperature of 71.1°C
(160°F) and pressure of 5000 psi was maintained while rocking the sample.)

4) The temperature of the PVT oven was increased to 71.1°C (160°F) and maintained 
for a day.

5) The sample cylinder was then connected to the sample injection valve. The pressure 
on the water side of the piston was raised to 200 psi, using the DBR pump. The 
pressure in the sample cylinder was controlled using the Isco pump.  

6) The valve on the sample cylinder was slowly opened to let the sample into the PVT 
cell. Initially the sample flashed until the pressure in the PVT cell increased up to 
5000 psi. Once the pressure in the PVT cell reached 5000 psi, the remaining sample 
was injected by the negative displacement of the DBR pump. A total of 60–70 cc of 
oil sample was injected into the PVT cell for the CCE and DL tests.

7) Once the sample was injected into the PVT cell, the valve on the sample cylinder was 
closed and the sample was left in the PVT cell overnight for the pressure and 
temperature to equilibrate.

4.7.5 Constant Composition Expansion (CCE)

4.7.5.1 Procedure for Constant Composition Expansion 

1) The pressure on the sample was increased well beyond the reservoir pressure with the 
help of the DBR pump. 

2) The initial position of the piston at a pressure of 5000 psi was noted using the 
cathometer. Also, the temperature inside the PVT cell was noted using a 
thermocouple inserted in the PVT cell.  

3) The pressure on the sample side was decreased in steps of 200 psi by using the 
negative displacement of the DBR pump. The mixer installed on the sample side was 
used to stir the sample for 1minute to reduce the pressure equilibration time. 

4) After sufficient equilibration time (15–20 minutes), the change in position of the 
piston was noted by observing through the lens on the cathometer, and the 
displacement of the piston was noted.  

5) Each time, the cell was observed through the lens for the possible bubble formation. 
When the sample first reached the two-phase condition (formation of bubble), it was 
concluded to be at bubblepoint pressure. 

6) This procedure was continued below bubblepoint to measure the volume of the two
different phases.
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The following is a sample data sheet for constant composition expansion (CCE): 

Project: Wax Deposition
Constant Composition Expansion Form 

Date

Sample # 

Initial Press

Initial Temp

Analyst:   

4.7.5.2 CCE Results and Discussion 

A CCE test was conducted on live oil samples at the reservoir temperatures of 71.1°C
(160°F). The results are tabulated below and displayed in figures. The data consist of total 
volume of cell contents as a function of pressure. At bubblepoint pressure, an abrupt change 
in slope of the total volume versus the pressure plot was observed. The slope of total volume 
versus pressure plot above bubblepoint yields compressibility of the oil. Relative oil volume 
was determined by the ratio of total volume of cell content to total volume at bubblepoint 
pressure. The gas evolution below bubblepoint is slow, and hence a longer time is required 
for equilibrium to be attained. 

Step Pressure
(psi)

Piston 
Reading(cm)

Liquid Reading 
(cm) Observations Cathometer Readings

Mixer pos. Top Bottom
Before Loading                      @              psi

After Loading                      @              psi

Charge Press.                                        psi

Cell Temp.
Stab. Cell Press.                                        psi

Comments:
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4.7.5.2.1 CCE Results for Sample CSB7730 

Table 4.7.2. CCE data for an ANS live oil sample CSB7730 at 71.1°C (160°F) 

Pressure Total volume Relative volume
(psi) (cc)
5006 56.20 0.972
4810 56.21 0.973
4625 56.43 0.976
4435 56.44 0.977
4241 56.62 0.980
4040 56.71 0.981
3837 56.76 0.982
3649 56.99 0.986
3447 57.03 0.987
3251 57.10 0.988
3054 57.24 0.990
2849 57.37 0.993
2641 57.47 0.994
2441 57.65 0.998
2246 57.74 0.999
2054 57.80 1.000
1946 57.90 1.002
1853 57.97 1.003
1756 58.05 1.004
1672 58.26 1.008
1553 58.78 1.017
1504 59.91 1.037
1421 61.41 1.063
1256 64.62 1.118
1085 70.15 1.214
816 81.04 1.402
586 99.71 1.725
416 128.92 2.230
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Figure 4.7.9: Pressure-volume relationship of oil sample CSB7730. 

Tables 4.7.3, 4.7.5, 4.7.7, and 4.7.9 represent the isothermal compressibility values of oil 
for pressures above bubblepoint pressure. As the pressure on the oil sample is reduced, oil 
undergoes expansion due to its compressibility. Isothermal compressibility is defined as 

where the subscript T indicates that the partial differential is to be taken at constant 
temperature.

Table 4.7.3. Isothermal compressibility for oil sample CSB7730 

Pressure 
(psig)

Compressibility
(vol/vol-psi)

5006-4040 9.3556E-06
4040-3054 9.42332E-06
3054-1946 1.04792E-05
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4.7.5.2.2 CCE Results for Sample CSB7688 

Table 4.7.4. CCE data for ANS live oil sample CSB7688 at 71.1°C (160°F) 

Pressure Total Volume Relative Volume
(psi) (cc)
5085 76.23 0.949
4808 76.43 0.951
4497 76.60 0.953
4215 76.83 0.956
3913 77.09 0.960
3632 77.26 0.962
3393 77.52 0.965
3175 77.87 0.969
2821 78.54 0.978
2570 78.82 0.981
2256 79.32 0.987
2096 80.34 1.000
1985 81.71 1.017
1689 85.50 1.064
1410 96.60 1.202
1180 106.59 1.327

Figure 4.7.10: Pressure-volume relationship of oil sample CSB7688. 
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Table 4.7.5. Isothermal compressibility for oil sample CSB7688 

Pressure 
(psig)

Compressibility
(vol/vol-psi)

5085-3913 9.67085E-06
3913-3175 1.3684E-05
3175-2096 2.9418E-05

4.7.5.2.3 CCE Results for Sample CSB14186 

Table 4.7.6. CCE data for ANS live oil sample CSB14186 at 71.1°C (160°F) 

Pressure Total volume Relative Volume
(psig) (cc)
4992 35.20 0.953
4787 35.21 0.953
4626 35.24 0.954
4389 35.42 0.959
4185 35.65 0.965
3985 35.61 0.964
3786 35.74 0.968
3596 35.79 0.969
3375 35.91 0.972
3187 35.99 0.974
2987 36.08 0.977
2791 36.14 0.978
2591 36.14 0.979
2396 36.26 0.982
2191 36.34 0.984
2023 36.47 0.987
1999 36.54 0.989
1979 36.94 1.000
1957 37.74 1.022
1925 38.46 1.041
1850 38.76 1.049
1836 39.21 1.061
1795 39.70 1.075
1700 40.30 1.091
1543 41.67 1.128
1406 44.50 1.205
1230 47.27 1.280
1045 55.32 1.498
819 75.88 2.054
600 107.52 2.911
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Figure 4.7.11: Pressure-volume relationship of oil sample CSB14186. 

Table 4.7.7. Isothermal compressibility for oil sample CSB14186 

Pressure Compressibility

(psi) (vol/vol-psi)

5000-4000 1.15651E-05

4000-3000 1.33116E-05

3000-1979 2.34684E-05
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4.7.5.2.4 CCE Results for Sample CSB14185 

Table 4.7.8. CCE data for ANS live oil sample CSB14185 at 71.1°C (160°F) 

Pressure Total Volume Relative Volume
(psig) (cc)
5050 59.11 0.920
4857 59.17 0.921
4669 59.24 0.922
4474 59.40 0.925
4268 59.50 0.926
4061 59.61 0.928
3835 59.74 0.930
3653 59.87 0.932
3453 59.95 0.933
3254 60.08 0.935
3054 60.19 0.937
2847 60.27 0.938
2653 60.39 0.940
2453 60.49 0.942
2252 60.57 0.943
2054 60.78 0.946
1854 60.84 0.947
1656 61.04 0.950
1624 61.57 0.958
1541 62.97 0.980
1322 67.23 1.046
1040 75.67 1.178
853 86.38 1.345
652 107.97 1.681
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Figure 4.7.12: Pressure-volume relationship of oil sample CSB14185. 

Table 4.7.9. Isothermal compressibility for oil sample CSB14185 

Pressure
(psig)

Compressibility
(vol/vol-psi)

5050-4061 8.59366E-06
4061-3054 9.65645E-06
3054-2054 9.7588E-06
2054-1656 1.08633E-05
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4.7.5.2.5 CCE Results for Sample CSB7719 

Table 4.7.10. CCE data for ANS live oil sample CSB7719 at 71.1°C (160°F) 

Pressure Total Volume Relative Volume
(psi) (cc)
5044 62.959 0.980
4848 63.021 0.981
4649 63.075 0.982
4447 63.137 0.983
4250 63.276 0.985
4050 63.307 0.985
3850 63.415 0.987
3651 63.516 0.989
3453 63.647 0.991
3247 63.663 0.991
3055 63.724 0.992
2852 63.740 0.992
2655 63.786 0.993
2452 63.894 0.995
2246 64.088 0.998
2054 64.242 1.000
1853 64.513 1.004
1655 65.015 1.012
1450 66.136 1.029
1266 68.369 1.064
1056 72.937 1.135
843 79.994 1.245
645 92.105 1.434

Figure 4.7.13: Pressure-volume relationship of oil sample CSB7719. 
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Table 4.7.3. Isothermal compressibility for oil sample CSB7719

Pressure
(psig)

Compressibility
(vol/vol-psi)

5044-4050 5.5576E-06
4050-3055 6.6258E-06
3055-2054 8.1182E-06

4.7.6 Differential Liberation (DL)

A differential liberation (DL) study is performed by reducing the pressure within the cell by a 
fixed amount at constant temperature and, once equilibrium has been reached, measuring the 
gas and liquid volumes. The separated gas is then pushed out of the PVT cell and analyzed 
for the composition to calculate the z-factor. The pressure on the sample is reduced until 
atmospheric pressure is reached with a pressure step of 200–300 psi.  

4.7.6.1 Procedure for DL 

The procedure for differential liberation was as follows: 

1) Once the CCE experiment was over, the pressure in the PVT cell was increased to 
5000 psi again over an interval of 5–6 hours. The mixer was kept on while 
increasing pressure to recombine the gas and oil. (The PVT cell can also be rocked 
to minimize the recombination time.)

2) After increasing the pressure to 5000 psi, the sample was left overnight in the PVT 
cell to ensure that gas and oil were in one phase. 

3) The pressure in the PVT cell was decreased with a pressure step of 200–300 psi and 
the level of the piston was noted at each pressure interval, similar to the CCE, until 
the bubblepoint pressure was reached.

4) Once the bubblepoint pressure was reached, the PVT cell was turned upside down 
and the base reading was noted.  

5) The pressure was reduced by 200–300 psi below the bubblepoint. The pump was put 
in constant pressure mode. the gas collection system was evacuated using the 
vacuum pump. 

6) The oil and gas phase were allowed to equilibrate for 1–2 hours. The level of the 
piston and oil were noted using a cathometer.

7) Gas was removed through the upper sampling valve at constant pressure on the top 
of the PVT cell with the cell in an upside-down position. Steps 5 to 7 were repeated 
for every pressure stage.
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8) The gas was collected in a gas container and analyzed for gas composition which 
was used for the gas deviation (z) factor calculation.

9) Towards the end of the test, the sample pressure was reduced to atmospheric 
pressure to get all the gas out of the oil sample.

10) Residual oil volume was measured, and the cell temperature was decreased to 
15.6°C (60°F). 

11) Finally, liquid volume at 15.6°C (60°F) was measured. 

12) Using the hydraulic pump, the remaining oil sample was displaced from the cell into 
a sample container for measurement of the volume. This reading should be close to 
the liquid volume readings of the previous two steps. 

13) The cell was cleaned by cycling cleaning solvents (toluene and acetone) through the 
PVT cell and auxiliary lines to ensure a clean system for future runs.  

4.7.6.2 DL Results and Discussion 

Differential liberation tests were carried out on live oil samples from the ANS. The 
results of the tests are listed in the tables below. The starting point of the DL test is 
bubblepoint pressure, but for the purpose of recombining the gas and oil sample, pressure 
was increased above the bubblepoint pressure.

4.7.6.2.1 DL Results for Sample CSB7730 

Table 4.7.12. Differential liberation test of ANS live oil sample CSB7730 at 71.1°C (160°F) 

Pressure Rs Bo Gas z
(psi) SCF/STB bbl/STB factor
5217 344.02 1.089 -
4506 344.02 1.130 -
3721 344.02 1.142 -
2717 344.02 1.145 -
2078 344.02 1.141 -
1945 344.02 1.135 0.860
1604 329.78 1.122 0.880
1310 312.22 1.103 0.894
1004 210.11 1.070 0.900
708 140.90 1.034 0.929
401 72.98 1.006 0.947
216 23.00 0.986 0.965
82 5.00 0.971 0.978
15 5.00 0.970 0.995

The solution GOR was calculated by ratio of volume of gas liberated at particular pressure 
below bubblepoint to volume of gas when expanded to 14.7 psia pressure and 16°C (60°F). 
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Volumetric properties like oil formation volume factor (Bo) were obtained through visual 
measurement of oil volume. Figure 4.7.14 and 4.7.15 illustrate the behavior of Rs, and Bo as 
function of pressure.  

Figure 4.7.14: Solution GOR (Rs) vs. pressure for live oil sample CSB7730 at 71.1°C 
(160°F).

Figure 4.7.15: Single-phase oil formation volume factor for oil sample CSB7730 at 71.1°C
(160°F).
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4.7.6.2.2 DL Result for Sample CSB7688

Table 4.7.13. Differential liberation test of ANS live oil sample CSB7688 at 71.1°C (160°F) 

Pressure Rs Bo Gas z 
(psi) SCF/STB bbl/STB factor
4867 476.53 1.298
4501 476.53 1.302 -
4011 476.53 1.308 -
3551 476.53 1.323 -
3115 476.53 1.348 -
2570 476.53 1.398 -
2096 476.53 1.148 0.842
1848 394.59 1.163 0.850
1553 340.82 1.122 0.862
1257 229.98 1.173 0.884
911 151.07 1.124 0.900
614 88.34 1.097 0.927
317 39.16 1.077 0.957
153 4.72 1.072 0.976
15 0.00 1.001 0.990

Figure 4.7.16: Solution GOR (Rs) vs. pressure for live oil sample CSB7688 at 71.1°C
(160°F).
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Figure 4.7.17: Single-phase oil formation volume factor for oil sample CSB7688 at 71.1°C
(160°F).

4.7.6.2.3 DL Results for Sample CSB14186

Table 4.7.14. Differential liberation test of ANS live oil sample CSB14186 at 71.1°C (160°F) 

Pressure Rs Bo Gas z 
(psi) SCF/STB bbl/STB factor
2120 514.17 1.142 -
1819 514.17 1.147 -
1655 514.17 1.153 -
1565 495.48 1.151 0.74
1360 418.28 1.136 0.77
1228 338.82 1.124 0.72
1067 277.32 1.116 0.87
738 196.14 1.098 0.90
529 137.52 1.085 0.93
309 89.83 1.072 0.93
212 63.14 1.071 0.96
145 42.34 1.065 0.95
95 25.98 1.055 0.97
75 13.18 1.050 0.98
36 5.81 1.035 0.97
15 0.05 1.000 0.98
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Figure 4.7.18: Solution GOR (Rs) vs. pressure for live oil sample CSB14186 at 71.1°C
(160°F).

Figure 4.7.19: Single-phase oil formation volume factor for oil sample CSB14186 at 71.1°C
(160°F).
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4.7.6.2.4 DL Results for Sample CSB14185

Table 4.7.15. Differential liberation test of ANS live oil sample CSB14185 at 71.1°C (160°F) 

Pressure Rs Bo Gas z
(psi) SCF/STB bbl/STB factor
5013 619.26 1.212 -
4392 619.26 1.219 -
4009 619.26 1.222 -
3604 619.26 1.227 -
2825 619.26 1.232 -
2210 619.26 1.237 -
1811 619.26 1.240 0.600
1645 597.36 1.224 0.881
1338 509.72 1.198 0.890
1039 431.97 1.144 0.910
740 351.03 1.096 0.920
499 301.26 1.069 0.936
192 221.26 1.042 0.968
99 174.83 1.028 0.978
15 0.00 1.003 0.992

Figure 4.7.20: Solution GOR (Rs) vs. pressure for live oil sample CSB14185 at 71.1°C
(160°F).
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Figure 4.7.21: Single-phase oil formation volume factor for oil sample CSB14185 at 71.1°C
(160°F).

4.7.6.2.5 DL Results for Sample CSB7719

Table 4.7.16. Differential liberation test of ANS live oil sample CSB14185 at 71.1°C (160°F) 

Pressure Rs Bo Gas z 
(psi) SCF/STB bbl/STB factor
4995 353.22 1.154 -
4401 353.22 1.157 - 
3803 353.22 1.161 -
3009 353.22 1.167 -
2408 353.22 1.172 -
1809 353.22 1.177 - 
1609 353.22 1.171 0.910
1410 273.25 1.144 0.938
1005 178.74 1.106 0.946
612 100.74 1.065 0.964
292 62.09 1.030 0.978
139 27.91 1.011 0.993
15 0.00 1.000 0.995
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Figure 4.7.22: Solution GOR (Rs) vs. pressure for live oil sample CSB7719 at 71.1°C
(160°F). 

Figure 4.7.23: Single-phase oil formation volume factor for oil sample CSB14185 at 71.1°C 
(160°F).
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4.8 Compositional Analysis  

4.8.1 Procedure for Compositional Analysis 

Gas Analysis 
All gas analyzed was received from DL experiments performed on live oil samples. The 

sample was transferred to an evacuated heated gas bomb by transfer lines that were also 
heated to limit condensation. Pressure in the PVT cell was maintained by an automated pump 
that applied constant pressure to an internal piston. As the gas was removed, the piston 
moved upward to prevent pressure drop. The rate of transfer was controlled by high pressure-
rated valves. An inline separator limited the amount of liquid that could carry over into the 
bomb. Once filled, the gas bomb was connected to the GC by heated 1/8-in. stainless lines to 
a gas sampling valve. Liberated gas was analyzed from methane to heptane including 
nitrogen and carbon dioxide. Analysis was repeated in 200–300 psi pressure drops until 
atmospheric pressure was reached.

Equipment
Natural gas analysis was performed on a Thermo Electron Corporation Gas 

Chromatographer. The model used was a Trace Ultra GC equipped with a Thermal 
Conductivity Detector (TCD) and a Flame Ionization Detector (FID). The injection port was 
a split/splitless inlet with the ability to control temperature and split flow. Split flow enabled 
a sample to be cut into smaller fractions before delivery onto the column. This particular 
model is limited to 500 mL/min flow through the injector, so if the carrier gas is 10 mL/min,
the split ratio limit is 50. A sample injection for this machine was done with an air actuated 
Valco sampling valve with a 500 mL sampling loop. Gas is allowed to flow through the loop 
for a set time interval and is then injected into the split/splitless inlet. An optional heated 
transfer line was installed between the sampling valve and the inlet to minimize condensation 
of higher carbon number components. 

Method
Gas samples were collected in a heated gas bomb and connected to a pressure regulator 

before the sampling valve and a back pressure regulator after the valve. The back pressure 
regulator was used to preserve the small amount of sample from flowing too fast through the 
sampling loop and to maintain the desired pressure. A Vici ValcoBond® capillary column 
was chosen due to its ability to resolve nitrogen from methane with cryogenic cooling. The 
column is 30 m long and has an inside diameter of 0.53 mm with a film thickness of 10 μm. 
Configuration of the instrument is specific to the analyte. The manufacturer’s operating range 
limits were used for the preliminary setup. Final settings were determined by fine-tuning the 
parameters around the actual sample. The instrument method in Table 4.8.1 was derived by 
systematic adjustment of one variable per run. Oven temperatures were reduced 
incrementally to -70°C, until nitrogen and methane peaks were completely resolved. 
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The cryogenic option was not installed from the factory on this machine, so it was 
necessary to make a simple modification. Liquefied carbon dioxide was delivered to the 
column oven by 1/8-in. tubing to reach -70°C. Liquid carbon dioxide was obtained by siphon 
tube cylinders supplied by the University of Alaska Fairbanks facilities. Helium was chosen 
as a carrier gas, since this was not one of the elements in the gas analysis. A flow rate of 10 
mL/min minimized the peak base width through heptane. The inlet temperature was 
maintained at 200°C which is well over the boiling point of heptane. Inlet flow was 60 
mL/min to give a split ratio of 6 which kept the methane signal from overlapping on 
nitrogen. Detector temperatures were kept the same as the transfer line temperatures of 
200°C. Filament voltage was set at a constant 6 volts with a temperature limit of 300°C to
preserve the filament.

Figure 4.8.1: Thermo Fisher GC with gas sampling valve. 
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Table 4.8.1. Natural gas instrument method 

Oven Carrier Inlet Detector Aux Event
-70°C-150°C
15°C/min

Helium
10 mL/min

200°C
Split Flow  60 
mL/min
Split Ratio  6

TCD
Base  200°C
Transfer Line 200°C
Filament Power 6V
Max Filament Temp  
300°C
Makeup Flow He   
20 mL/min
Reference Flow  He 
30 mL/min
Signal Gain X10

Heated 
Zone 1  
100°C

Event 1
Auto Zero Signal
Event 2
Sample valve 
0.10 min

Oil Analysis
Oil analysis was done on dead oil samples as well as live or pressurized samples. Oil 

composition was analyzed for whole carbon number fractions from C10 to C60 for the dead 
samples. A majority of the samples could be directly injected by the auto sampler in 1 μL
volumes. Heavier samples would separate when withdrawing the syringe plunger creating a 
lighter non-representative sample.

Equipment
Dead oil analysis was performed on a Thermo Electron Corporation Trace Ultra Gas 

Chromatographer with an auto sampler (Figure 4.8.2). The GC was coupled to a Thermo 
Electron Corporation DSQ Mass Spectrophotometer and an external Edwards vacuum pump. 
Unfortunately, due to the large diameter of the column used, the MS was unable to maintain 
the necessary vacuum for the quadrapole detector. A flame ionization detector was used 
instead for the oil composition from C10 to C60+. The inlet was a Programmed Temperature 
Vaporizer (PTV) injector that allows strict control over temperature and pressure before the 
sample goes to the column. This type of inlet also allows the sample to be split so that the 
detector is not overloaded. 
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Figure 4.8.2: Thermo Fischer GC-MS. 

Method
-���%)����01����2����)#3�4��(�56#46�7�%#�%�����!89�)#3�4�%�������:;�<%�60����=������6�%�

sampler unless otherwise noted. 8�����01����4����(��%������0%����#(����:;��=�)#&���2)�����
50 mm cone tip. Light samples were prepared in a 1.5 mL crimp top vial with a septum, then 
placed in an auto sampler tray. Utilizing a programmable sequence 8 samples were run at a 
time, as this was the number of positions in the sample tray. Heavier samples could not be 
placed in the auto sampler, as the oil would not draw through the small needle. For these 
samples the needle was placed through a septum under vacuum, then loaded in reverse with
the plunger removed. With the syringe completely full, it was removed from the vacuum and 
the plunger inserted. The excess sample on top of the syringe was maintained to eliminate 
any air bubbles when the plunger was inserted, �#(��(36���(��%�������:;�mark. Once loaded 
the sample was manually injected with the remote start turned off. Before each sample 
analysis, a solvent-only blank run was performed to ensure a clean column. The column 
chosen was a Supelco SPB™-1 for its ability to resolve a wide range of paraffins. The 
column was a fused silica capillary column 15 m long with a diameter of 0.53 mm and a film 
��)4�#����%������:0� Instrument settings are given in Table 4.8.2 below. The inlet was set to 
300°C with a flow rate of 38 mL/min to produce a split ratio of 5. Oven temperature was 
programmed to start at 90°C, then increased at a rate of 7°C/min to a final temperature of 
350°C. The carrier gas used was helium that flowed at a constant 7.5 mL/min for the entire 
run. The flame ionization detector (FID) base was set higher than the column temperature at 
370°C. The detector flow combined 3 gasses, air at 350 mL/min, hydrogen at 35 mL/min, 
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and nitrogen as the makeup flow set at 30 mL/min. As stated earlier, only the lighter samples 
were injected by the auto sampler, as the heavier samples were manually injected.

Table 4.8.2. Oil instrument method 

Oven Carrier Inlet Detector Aux Event
90°C-350°C
7°C/min
Hold 10 min
Post run
300°C 
Hold 10 min

Helium
7.5 mL/min

300°C
Split Flow  38 
mL/min
Split Ratio  5 

FID
Base  370°C
Air
350 mL/min
H2
35 mL/min
Makeup Flow N
30 mL/min
Signal Range
1 

none Event 1
Auto Sampler
Remote start

The calibration standard used for the analysis of dead oil was supplied by Supelco, and 
conforms to the ASTM D5442 method. The lightest hydrocarbon in the mixture was 
dodecane (C12) which would increase by two carbon numbers up to dotriacontane (C32).
Hexatriacontane (C36), tetracontane (C40), tetratetracontane (C44), pentacontane (C50), and 
hexacontane (C60) finished the standard composition and are depicted in Table 4.8.3. This 
standard was used to determine the retention time of each element as well as to develop 
calibration curves. Five calibration levels were produced from the standard by cutting the 
full-strength mixture successively by a factor of 10, also known as serial dilution. Analytical-
grade cyclohexane was used to cut the standards, as well as blank runs for cleaning the 
column. 

Table 4.8.3. Quantitative standard

Analyte CAS no. Purity Weight % Lot no.
N-Dodecane 112-40-3 99.5 0.01 LA74534
N-Tetradecane 629-59-4 99.8 0.01 LB51326
N-Hexacosane 544-76-3 99.4 0.01 LB29073
N-Octadecane 593-45-3 99.9 0.01 LB22570
N-Eicosane 112-95-8 99.9 0.01 LB39033
Docosane 629-97-0 99.9 0.01 LB23551
N-Tetracosane 646-31-1 99.9 0.01 LA84485
N-Hexacosane 630-01-3 99.9 0.01 LB29339
Octacosane 630-02-4 99.9 0.01 LB23179
N-Triacontane 638-68-6 98.2 0.01 LB25030
Dotriacontane 544-85-4 98.2 0.01 LB48612
N-Hexatriacontane 630-06-8 98.3 0.01 LB14921
N-Tetracosane 4181-95-7 98.4 0.01 LB23143
Tetratetracontane 7098-22-8 99.9 0.01 LA84525
Pentacontane 6596-40-3 99.9 0.01 LB31403
Hexacontane 7667-80-3 96.2 0.01 LA68196
Cyclohexane 110-82-7 99.8 99.84 LB55581
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Calibration curves were produced by the commercially available Xcaliber software that 
came with the purchase of the GC. Every compound (except for the solvent cyclohexane) in 
Table 4.8.3 had a five-level calibration curve that produced an excellent linear fit. Calibration 
curves are listed in Appendix D. Standards were run from the least concentrated to the most 
in order to eliminate residual effects. Time retention on the column for the standard varied 
from 4.53 for C12 to 37.01 for C60; cyclohexane had a retention time of 3.64. This was also 
the unretained time for the column, as anything lighter would have the same transient time. 
Figure 4.8.3 shows the retention time of component C12 to C60  used in the calibration. 

Responses to the standard components were fitted to an equation so that the intermediate 
components could be analyzed. A detector response was automatically integrated by the 
software and returned the amount in moles. The intermediate compounds were also 
integrated for the area under the peak, but needed to be exported to a spreadsheet where the 
calculated response factor was applied to give the amount. Composition results are given in 
mol percent.

Wax Analysis 
The wax analysis consisted of two different types of samples: wax deposited from the cold 
finger experiments and treated wax for asphaltene removal in the wax content experiments. A
single sample of a wellbore deposit supplied by ConocoPhillips was also dissolved and 
analyzed for comparison and is depicted in Figure 4.8.4. A small amount of warm 
cyclohexane was usually required to completely clean the wax off the cold finger. Wax from 
the cold finger experiments was manually injected by the same method used for the heavier 
crudes, described earlier in the Oil Analysis section.

Figure 4.8.3: Calibration standard C12 to C60. 

RT: 0.00 - 47.13

0 5 10 15 20 25 30 35 40 45
Time (min)

0

10000000

20000000

30000000

40000000

50000000

60000000

70000000

80000000

90000000

100000000

110000000

120000000

130000000

140000000

C
ou

nt
s

3.
64

7.
28

5.
66

9.
14

11
.0

6

12
.9

6

14
.7

9

16
.5

5

18
.2

3

19
.8

2
21

.3
4

4.
53

24
.1

7

26
.7

6

29
.1

4

32
.3

7

37
.0

1

NL:
1.43E8
Channel 1  
Analog 
oil-
calibration-
rt-C10-
C6006



107

Figure 4.8.4: ConocoPhillips wellbore wax sample.

4.8.2 Compositional Analysis Results and Discussion

Liberated gas volumes proved to be too small for the first few pressure steps. The gas bomb 
would barely reach atmospheric pressure with the entire sample loaded. Gas analysis 
produced favorable results when the gas bomb pressure was above 50 psia. If the amount of 
sample liberated from a pressure drop in the PVT cell was unable to reach 50 psia, helium 
was added to increase the pressure. Helium was a good additive to the bomb, since it was not 
one of the components in our analysis. During the first few DL experiments, liquid oil was 
transferred to the gas bomb by the product stream. The addition of this oil raised the 
concentrations of light liquid fractions in the gas composition. A gas separator was fabricated 
out of a broken glass liner from the PVT cell. The volume of the separator was sufficient to 
hold all liquid carry-over during the entire DL experiment and eliminated all oil from the 
bomb. Figure 4.8.5 clearly shows the amount of oil trapped in the separator. 

The sample described in the results below is one of 34 oil samples, 4 of which were live. 
Additional oil results will be presented in table and chart format for brevity. 

Gas Analysis 
Sample 7730 in Table 4.8.4 required seven pressure steps in order to remove all gas 

dissolved in solution. Methane is by far the greatest component in the gas at 77.88%; ethane 
comprises 10.14%, and propane comprises 4.14%. Heavier alkane concentrations decrease 
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with increasing molecular weight. Non-hydrocarbons such as nitrogen and carbon dioxide 
totaled 2.22% and 3.06%, respectively. Heptane was the final component in the gas analysis, 
contributing 0.24% to the gas. 

Oil Analysis
The samples used in the analysis of live oils were taken from the DL experiments after 

the gas had been removed incrementally. This now dead sample was analyzed as described 
above. Dead oil composition of sample 7730 is given in Table 4.8.6. Detectable components 
of up to C39 were achieved at 0.03 mol percent contribution. Decane was most abundant at 
14.9%, followed by nonane at 11.51%. A steady decline is observed in components after 
tridecane. Results for composition of remaining dead oil samples are presented in 
Appendix F.

Compositional Recombination 
The combination of oil and gas for sample 7730 was done at a GOR of 344.02 

SCF/STB. To keep the computation simple, units used were cubic centimeters of gas per 
cubic centimeters of oil instead of the industry standard SCF/STB. From Table 4.8.7, 
methane is the major gas component at 33.2%, and decane is the greatest liquid component at 
8.55%. Remaining results are given in Appendix G. 

Wax Analysis 
Composition of the cold finger deposit was not limited to heavier paraffins. Sample #16 

in Figure 4.8.6 ranged from C10 to C52, with C14 as the largest component at 9.72%. Complete 
composition is listed in Table 4.8.8.  Results for the remaining oil samples are mentioned in 
Appendix I.

Figure 4.8.5: Gas liquid separator. 
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Table 4.8.4. Differential liberation composition of sample 7730 

Differential Liberation Composition of Sample 7730

Pressure psia 1945 1653 1310 1004 707 401 217 82 atm

N2 6.54E-04 9.50E-05 1.48E-04 6.85E-04 1.14E-03 3.49E-04 2.41E-04 1.22E-03 2.75E-04

C1 1.29E-02 6.88E-03 8.38E-03 4.56E-02 3.22E-02 2.89E-02 1.95E-02 1.24E-02 1.99E-03

CO2 1.23E-04 1.10E-04 1.15E-04 2.32E-03 1.15E-03 1.19E-03 9.39E-04 6.08E-04 8.17E-05

C2 5.91E-04 3.42E-04 4.69E-04 3.71E-03 3.06E-03 3.72E-03 3.81E-03 4.94E-03 1.36E-03

C3 1.92E-04 1.14E-04 1.69E-04 1.14E-03 1.10E-03 1.36E-03 1.51E-03 2.54E-03 8.59E-04

i-C4 1.48E-05 9.13E-06 1.22E-05 8.18E-05 7.03E-05 1.89E-04 2.10E-04 3.85E-04 1.32E-04

C4 2.95E-05 2.28E-05 3.28E-05 2.71E-04 2.15E-04 2.57E-04 2.90E-04 5.59E-04 1.91E-04

neo-C5 1.18E-05 0.00E+00 5.16E-06 1.47E-05 2.40E-05 9.07E-06 1.13E-05 3.06E-06 1.01E-06

i-C5 1.18E-04 7.61E-06 1.13E-05 7.09E-05 5.89E-05 7.00E-05 8.99E-05 2.18E-04 6.12E-05

C5 1.18E-04 7.61E-06 1.13E-05 7.64E-05 5.97E-05 6.28E-05 7.19E-05 1.89E-04 5.09E-05

C6 1.48E-05 9.13E-06 1.31E-05 8.73E-05 7.07E-05 6.86E-05 9.02E-05 2.55E-04 4.29E-05

C7 7.38E-06 7.61E-06 1.31E-05 8.73E-05 6.84E-05 6.68E-05 5.21E-05 1.84E-04 2.54E-05

Table 4.8.5. Sample 7730 final gas composition 

Sample 7730 Total Gas Composition
Pressure psia Mol %

N2 2.22

C1 77.88

CO2 3.06

C2 10.14

C3 4.14

i-C4 0.51

C4 0.86

neo-C5 0.04

i-C5 0.33

C5 0.30

C6 0.30

C7 0.24
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Table 4.8.6. Dead oil composition of sample 7730 

Sample 7730 Dead Oil Composition

Component Mol % Component Mol %
C5 0.10 C23 1.31
C6 0.36 C24 1.04
C7 0.52 C25 0.85
C8 2.19 C26 0.85
C9 11.51 C27 0.75
C10 14.90 C28 0.53
C11 10.26 C29 0.73
C12 9.43 C30 0.40
C13 10.57 C31 0.23
C14 8.54 C32 0.22
C15 4.96 C33 0.28
C16 4.54 C34 0.43
C17 2.97 C35 0.21
C18 3.00 C36 0.13
C19 2.59 C37 0.12
C20 2.19 C38 0.10
C21 1.68 C39 0.03
C22 1.47



111

Table 4.8.7. Live oil sample 7730 

Live Oil Sample 7730 
Mol % Mol %

N2 0.94 C18 1.72

C1 33.20 C19 1.49

CO2 1.30 C20 1.26

C2 4.32 C21 0.96

C3 1.76 C22 0.84

i-C4 0.22 C23 0.75

C4 0.37 C24 0.60

neo-C5 0.02 C25 0.49

i-C5 0.14 C26 0.49

C5 0.19 C27 0.43

C6 0.34 C28 0.30

C7 0.40 C29 0.42

C8 1.25 C30 0.23

C9 6.60 C31 0.13

C10 8.55 C32 0.12

C11 5.89 C33 0.16

C12 5.41 C34 0.25

C13 6.07 C35 0.12

C14 4.90 C36 0.08

C15 2.85 C37 0.07

C16 2.61 C38 0.06

C17 1.71 C39 0.01
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Figure 4.8.6: Cold finger wax sample #16.

Table 4.8.8. Cold finger wax sample

Cold Finger Wax Sample #16

Mol % Mol %
C5 0.00 C33 0.77
C6 0.00 C34 0.71
C7 0.00 C35 0.66
C8 0.00 C36 0.46
C9 0.00 C37 0.32
C10 1.40 C38 0.95
C11 2.24 C39 0.60
C12 4.99 C40 0.80
C13 5.13 C41 0.51
C14 9.72 C42 0.93
C15 7.19 C43 0.55
C16 8.59 C44 0.86
C17 4.92 C45 0.42
C18 6.31 C46 0.57
C19 6.61 C47 0.64
C20 5.16 C48 0.47
C21 3.97 C49 0.50
C22 3.51 C50 0.69
C23 3.07 C51 0.14
C24 2.41 C52 0.29
C25 3.18 C53 0.00
C26 2.20 C54 0.00
C27 1.83 C55 0.00
C28 1.36 C56 0.00
C29 2.03 C57 0.00
C30 1.15 C58 0.00
C31 0.57 C59 0.00
C32 0.60 C60 0.00
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5. Thermodynamic Modeling of Wax Precipitation 

5.1 Overview of Thermodynamic Models for Wax Precipitation 

There are many models present in the literature that describe precipitation of wax from oil, 
and they can be broadly classified into two categories: (1) those which consider the solid 
phase as a single phase and (2) those which consider the wax phase as a mixture of multiple 
solid phases. Some models consider the solid phase as a mixture of multiple, independent 
pure solid phases. The rest of the models consider the solid phase as a single phase. The 
second category can be divided into two further subcategories. The first subcategory 
considers the solid phase as a non-ideal mixture, whereas the second subcategory considers 
the solid phase as an ideal mixture. Various models present in literature are divided into these 
categories as shown in Figure 5.1.  

Figure 5.1: Classification of wax precipitation models. 

The first main category is one which considers the solid phase as a mixture number of a 
independent pure solid phases. This category was developed by Lira-Galeana et al. (1996).

5.1.1 Lira-Galeana Model

The Lira-Galeana model assumes that wax consists of multiple solid phases, and each solid 
phase is described as a pure component that does not mix with other solid phases. The liquid 
phase is considered a non-ideal solution, and its behavior is described by the equation of state 
(EOS). This model is known also as the Multi-Solid model. The Lira-Galeana model assumes 
that a component may exist in pure solid form when the fugacity of the component in the 
liquid-phase mixture is equal to or greater than the solid state fugacity of the pure 
component. The solid state fugacity of a pure component is discovered by relating the 
chemical potential of a component in solid state with the chemical potential of a component 

Wax 
Precipitation 

Modelling

Multisolid 
Model

Lira-Galeana 
Model

Ideal Solid 
Solution
Models

Erickson Model Pedersen 
Model Class

Non Ideal Solid 
Solution 
Models

Won's Model 
Class

Coutinho 
Model



114

in liquid state in subcooled condition. The model actually fits the experimental data very 
well. However, Pedersen & Mickelsen (1997) pointed out that the predictions from the model 
change when the plus-factor characterization procedure is changed.

The next main category is one in which the solid phase is considered to be one phase and is 
behaving as an ideal solution. Erickson’s model and Pedersen’s model (1991) and its 
modified version fall into this category. 

5.1.2 Erickson’s Model

Erickson’s model is a modification of Won’s model, but considers the solid phase as an ideal 
solution. The activity coefficient of the solid phase is considered to be unity. But this model 
requires experimental determination of amounts of n-paraffinic, iso-paraffinic, and 
naphthenic parts of each component through mass spectroscopy (Erickson et al, 1993). This 
determination involves huge efforts at the experimental stage and is rarely done. This model 
has not been used much.  

5.1.3 Pedersen’s Model and Its Modified Versions

Pedersen & Mickelsen (1997) developed a model in which it was assumed that only part of 
heavy hydrocarbon fractions can potentially enter into the wax phase. The authors developed 
a numerical scheme which allowed them to split each hydrocarbon fraction into wax-forming 
and non-wax-forming fractions. The authors assumed the solid phase to be an ideal solution 
in equilibrium with the liquid phase. The liquid phase is assumed to be a non-ideal solution 
and is described by any EOS. Ronningsen et al. (1997) provided a modification of Pedersen’s 
model, in which they introduced a term to account for the effect of pressure. This modified 
model is used in PVTSim®, which is a commercial PVT simulator for the prediction of wax 
deposition, and is used by many oil companies (www.calsep.com). Due to the use of EOS 
and tunable parameters, the modified model becomes very calculation intensive. 

The next main category of thermodynamic models is one that considers the solid phase to be 
a non-ideal solution. Won’s model, Pedersen’s model, and Coutinho’s model fall into this 
category. 

5.1.4 Won’s Model 

Won’s model was the first one to consider the solid phase to be a non-ideal solution. Both 
liquid and solid phases were considered as non-ideal solutions, and non-ideality of both 
phases was described by Regular Solution Theory. This model assumed that all components 
present can form wax (Won, 1986). 

Pedersen et al. (1991) modified Won’s original model by introducing a large number of 
tunable parameters to match the experimental data, but this makes the model also very 
calculation intensive.

Computer Modeling Group’s (CMG) PVT simulator WINPROP® uses a modified version of 
Won’s model, but the information regarding it is proprietary and not published. WINPROP®

is used by a large number of oil companies for studying wax deposition. 
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5.1.5 Coutinho’s Model 

Coutinho’s model considers both solid and liquid phases to be non-ideal solutions. The non-
ideality is described by activity coefficients. The activity coefficients are obtained by the 
predictive UNIQUAC model with use of the predictive free energy model. Coutinho’s model 
gives good predictions (Coutinho et al., 2001).

5.2 Selection of Model for Current Study

A detailed comparative study of all wax models has not been done. The limitation of the 
Multi-Solid Model has been inconsistency in results after use of a different plus-fraction 
characterization scheme. Pedersen’s model and Won’s model are used by various 
commercial software companies such as CMG WINPROP® and PVTSim® for describing 
wax precipitation. Pedersen’s model is calculation intensive. One of the aims of the current 
study is to compare these two classes of models. Pedersen’s model considers the solid phase 
to be an ideal solution, but that is not what is observed in most cases. The program developed 
in this study is going to be used in a wellbore simulator to simulate the conditions in the 
wellbore including wax deposition and heat transfer. Due to the large number of calculations 
involved in the overall project, it is advisable to have a wax precipitation model that is less 
calculation intensive. Thus, the other aim is to develop a new model or modify an existing 
one to more closely represent actual thermodynamic behavior and be less calculation 
intensive. 

5.3 Two-Phase Flash Calculations (Riazi, 2005) 

As mentioned earlier, wax precipitation may occur from the liquid phase as the temperature 
is lowered. To calculate the temperature at which the first crystal of wax will be precipitated 
and to predict how much wax will be precipitated, flash calculations must be performed. In 
flash calculations, a feed of known composition is flashed at given pressure and temperature 
conditions. The task is to estimate the amount of solid and liquid fraction and the 
composition of each stream.  
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Figure 5.2: Schematic diagram of flash calculation.

In Figure 5.2, F moles of feed steam with overall composition, zi, is flashed at pressure, P,
and temperature, T. Flashing leads to formation of a solid stream (S moles at a composition, 
si) and a liquid stream (L moles at a composition, xi). 

Applying overall material balance,

SLF �� (5.1) 

Material balance applied to a particular component, i, can be expressed as

iii sSxLzF 	�	�	 (5.2) 

Since the solid and liquid leaving the flash vessel are in equilibrium, it can be written that

i
SL
ii xKs 	� (5.3) 

where SL
iK is the equilibrium ratio of mole fraction of component i in solid and liquid phases 

at T and P.

Putting L = F-S and from Equation (5.3), Equation (5.2) becomes  

i
SL
iii xKSxSFzF 		�	
�	 )( (5.4) 

F - Feed moles

zi - Feed 
Composition Solid

Liquid
Flashing at P, T

L - Total moles of liquid
xi - Liquid composition

S - Total moles of solid

si - Solid composition

Equilibrium ratio 
Ki

SL = si / xi
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Solving for xi, can be written as
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and si can be expressed as 
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In addition, for both solid and liquid stream,   �� 1ii xs or  �
 0)( ii xs must always be 
satisfied. Therefore, from Equations (5.5), (5.6), and the above criterion, the following 
objective function of S/F can be obtained:
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Equation (5.7) is also referred to as the Rachford-Rice equation. For flash calculations, feed 
moles (F), feed composition (zi), pressure (P) and temperature (T) are known. Unknowns are 
solid moles (S), liquid moles (L), solid-phase composition (si), and liquid-phase composition 
(xi). As shown in Equations (5.1), (5.5), (5.6), and (5.7), if the value of SL

iK  is known, the 
value of solid mole fraction S/F can be calculated from Equation (5.7); and based on that, all 
the other unknown variables can be determined. Hence, to do the flash calculations, the value 
of the equilibrium ratio of the mole fraction of the component in the solid phase to that in the 
liquid phase should be known. Therefore, as explained earlier in the literature review, many 
authors have suggested various models to predict SL

iK . In the following section, Won’s and 
Pedersen’s models are discussed in detail. 

5.4 Won’s Model 

Won first presented his model to predict wax precipitation (Won, 1985). In this study, the 
modified version of Won’s model is used. 

5.4.1 Assumptions of Won’s Model 

The following are assumptions made in Won’s model (Won, 1986):  

� The solid phase is a single, homogeneous solution, which is in equilibrium with the liquid 
solution. 

� Almost all components contained in the reservoir fluid may potentially enter into the wax 
phase.

� Heat capacity change of fusion is assumed to be negligible.
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� Volume change during fusion is also neglected.

� The solid phase is assumed to behave non-ideally.

Figure 5.3: Liquid-solid equilibrium model by Won. 

5.4.2 Won’s Model Description (Won, 1986) 

Won’s model was based on the thermodynamic criterion that, at equilibrium, the fugacity of 
component i in the solid phase (wax phase) should be equal to the fugacity of the same 
component in the liquid phase (oil phase), which can be expressed as follows: 

S
i

L
i ff � (5.8) 

where L
if = fugacity of component i in the liquid-phase mixture, and S

if = fugacity of 
component i in the solid-phase mixture. 

The liquid-phase fugacity of component i in the mixture can be expressed as

oL
ii

L
i

L
i fxf �� (5.9) 

where L
i� is the activity coefficient of component i in the liquid phase (the activity 

coefficient is generally a function of composition of the phase); xi is the mole fraction of 
component i in the liquid phase; and oL

if is the standard state fugacity of component i in the 
liquid phase. It can also be described as the liquid phase fugacity of component i in its pure 
form.

The solid phase fugacity of component i in the mixture can be expressed as 
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where S
i� is the activity coefficient of component i in the solid phase, si is the mole fraction 

of component i in the solid phase, and oS
if  is the standard state fugacity of component i in 

the solid phase. It can also be described as the solid phase fugacity of component i in its pure 
form.

From Equations (5.8), (5.9), and (5.10), we get 
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ii

L
i fsfx �� � (5.11) 

From Equation (5.3), SL
iK = si / xi and rearranging Equation (5.11), 
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Currently, there is no EOS that can describe the volumetric behavior of a solid, but by 
relating the chemical potential of the solid phase to that of the liquid phase, the ratio of oL

if
to oS

if can be expressed as 
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where fT , fH� , PC� , and V� are fusion temperature, heat of fusion, heat capacity change 
of fusion, and volume change of fusion, respectively; P and T are the pressure and 
temperature at which flashing is being carried out. The derivation is explained in detail in 
Appendix A. 

Won also presented the co-relation to calculate the heat of fusion ( fH� ) and the temperature 
of fusion ( fT ) as 

f
ii

f TMWH 		�� 1426.0 (5.14) 

where MWi is the molecular weight of the component i, and f
iT  can be obtained from 

ii
f

i MWMWT /2017202617.05.374 
	�� (5.15) 

As explained in Section 5.2.1, the second and third terms in Equation (5.13) are assumed to 
be zero. If the solid phase is assumed to be an ideal mixture, then the ratio of activity 
coefficients becomes 1, but in the actual wax phase, the mixture is found to behave non-
ideally. Won (1986) assumed the solid phase to be a non-ideal mixture; hence, the ratio of 
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activity coefficients cannot be assumed as 1. In Won’s model, he used the Regular Solution 
Theory to estimate the ratio of activity coefficients.

The activity coefficient for component i (for both liquid and solid phases) can be calculated 
using the Regular Solution Theory as

RT
v ii

i

2)(
ln

��
�



�

(5.16) 

where iv is the molar volume, i� is the solubility parameter, and � is the average solubility 
parameter of the mixture. The average solubility parameter can be estimated as

� ii��� (5.17) 

where i� is the volume fraction of component i and can be obtained for both liquid and solid 
phases from the following relationships: 
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The solubility parameter for component i in the liquid-phase mixture can be estimated as
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where VH� is the heat of vaporization at 25°C. 

The solubility parameter for component i in the solid solution can be estimated as 
0 5
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.
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(5.20) 

All the properties in Equation (5.18) are at 25°C.

Won gives L
i�  and S

i� for the components up to C40. They are presented in Table 5.1. 
In the current work, the correlations given by Pedersen et al. (1991) have been used for 
estimating the solubility parameters of the components in the solid and liquid phases, as they 
give better results.

)7ln(ln41.7 1 
�� N
L

i Ca� (5.21) 
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)7ln(ln50.8 2 
�� N
S
i Ca� (5.22) 

where CN is the carbon number of the component, a1 and a2 are equal to 0.5914 (cal/cm3)0.5

and 5.763 (cal/cm3)0.5, respectively.  

For calculating the average solubility parameter and the activity coefficient, the molar 
volume is required. Won presented the correlation for calculating the molar volume as 

L
i

i d
MWv

25
�

(5.23) 

ii
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(5.24) 

Won assumed that the molar volumes of component i in solid and liquid phases are equal. 
Therefore,

S
i

L
i vv � (5.25) 

Using (5.23), (5.24), and (5.18), the volume fraction factor ( i� ) can be calculated. The 
solubility parameters can be obtained from Equations (5.21) and (5.22). Using the solubility 
parameters (� ) and the volume fraction factors (� ), the average solubility parameter can be 
estimated with Equation (5.17). With the knowledge of molar volume, the solubility 
parameter (for both liquid and solid phases), and the average solubility parameter, the 
activity coefficients for the components in both liquid and solid phases can be calculated 
from Equation (5.16). After applying Equation (5.16) to both liquid and solid phases, the 
ratio of activity coefficients can be expressed as 
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Table 5.1. Solubility parameters for components up to C40 (Won, 1986) 

Tf ��f �L �S

k cal/gmol (cal/cc)^0.5 (cal/cc)^0.5
CO2 216 0 7.12 7.12
C1 90 0 5.68 5.68
C2 101 385 6.6 6.6
C3 86 0 6.65 6.65
C4 138 0 6.65 6.65
C5 97 996 7.02 7.62
C6 143 1750 7.25 8.13
C7 179 2510 7.41 8.5
C8 201 2070 7.53 8.78
C9 221 3270 7.63 9
C10 237 4030 7.71 9.17
C11 250 4800 7.78 9.32
C12 261 5560 7.83 9.44
C13 270 6330 7.88 9.55
C14 278 7100 7.92 9.64
C15 285 7870 7.96 9.72
C16 291 8640 7.99 9.9
C17 297 9410 8.02 9.86
C18 302 10200 8.05 9.92
C19 306 11000 8.07 9.97
C20 311 11700 8.09 10
C21 314 12500 8.11 10.1
C22 318 13300 8.13 10.1
C23 321 14900 8.15 10.1
C24 324 15600 8.17 10.2
C25 327 16400 8.18 10.2
C26 329 17200 8.2 10.3
C27 332 18000 8.21 10.3
C28 334 18800 8.22 10.3
C29 336 19000 8.24 10.3
C30 338 20400 8.25 10.4
C31 340 21200 8.26 10.4
C32 342 22000 8.27 10.4
C33 343 22800 8.28 10.4
C34 345 23600 8.29 10.4
C35 346 24400 8.3 10.5
C36 348 25200 8.31 10.5
C37 349 26000 8.32 10.5
C38 351 26800 8.33 10.5
C39 352 27600 8.34 10.5
C40 353 28400 8.35 10.6
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From Equation (5.26) and (5.13), SL
iK can be expressed as
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As explained in Section 5.3, with the knowledge of SL
iK , the Rachford-Rice equation can be 

solved to obtain the amount of wax precipitated (S/F). It should be noted, however, that for 
calculating SL

iK , the compositions of the liquid (xi) and solid streams (si) are required, and 
before attempting to solve the Rachford-Rice equation, these values are not known. Thus, it
is an open-ended problem. The work-around procedure for this problem will be explained in 
the next section.

5.5 Pedersen’s Model

One of the main drawbacks with Won’s model as reported in literature is that it overestimates 
the amount of wax precipitated (Pedersen et al., 1989). Pedersen & Christensen, (2007) 
attributed the problem to assigning the melting properties of n-paraffins to all the constituents 
of a hydrocarbon pseudo-component. As seen from Equation (5.14) and (5.15), Won has 
assigned the melting properties of the wax-forming components to the non-wax-forming 
components, too. For example, consider oil dominated by the C10 component. From Won’s 
model, all constituents in the oil (paraffins, iso-paraffins, aromatics, naphthenes, whichever 
of them are present) will be assigned the melting properties of paraffins. So if the sample is 
cooled to a temperature below the melting point of C10, then the model will predict that 
almost all of the oil constituents will be converted into wax. The solid phase will include the 
aromatics and naphthenes which have less of a tendency to go into solid phase. In general, 
the potential wax-forming components constitute about 15% of oil’s weight, so the 
predictions from Won’s model are not consistent with the experimental data. Therefore, it is 
necessary to distinguish between the potentially wax-forming and non-wax-forming 
compounds (Pedersen & Christensen, 2007).  

The experimental techniques such as gas chromatography (GC) can identify the hydrocarbon 
components with less than 7 carbon atoms. But as the carbon number goes up, various types 
of compounds such as n-paraffins, naphthenes, and aromatics are represented together in one 
single carbon number fraction. The composition analysis does not describe how much n-
paraffin is present in, for example, a C20 fraction. In general, the n-paraffins are expected to 
enter into the wax phase. The presence of branched paraffins and naphthenes is not very 
common in the solid phase (wax phase). Aromatics are not generally present in the wax 
phase. Only a part of each C7

+ fraction contributes to the wax formation. This generally is the 
n-paraffin fraction. Therefore, it is essential to know how much n-paraffin is present in each 
carbon number fraction. The amount can be determined by PNA analyses, but this is rarely 
done due to the complexity and amount of effort involved. Hence, Pedersen (1995)
developed a theoretical scheme to ascertain the amount of wax-forming component contained 
in a single carbon number fraction. 
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According to the model, the mole fraction of the potentially wax-forming part, S
iz , of a 

pseudo-component i, having a total mole fraction, old
iz , is given by  

� �
�
�
�

�

�
�
�

�
��
�

�
��
�

� 

		�
�

C

p
i

p
ii

i
old
i

S
i MBAzz

�
��

1

(5.28) 

where, Mi is the molecular weight of pseudo-component i, i� is the density of pseudo-
component i at the standard conditions, and P

i� is the density of the n-paraffin with the 
molecular weight Mi at atmospheric pressure and 15°C. P

i�  can be obtained from 

i
p

i Mln0675.03915.0 	��� (5.29) 

A, B, and C are the constants which are found by fitting the predictions with the experimental 
data. Pedersen gave the values of A, B, and C which were fitted to many oil samples. They 
are given in Table 5.2. 

Table 5.2. Constants in Equation 5.28 

A 0.8824
B 5.353*10-4

C 0.1144

The non-wax-forming part can be obtained from 

S
i

old
i

Sno
i zzz 
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(5.30) 

where, Sno
iz 
 represents the non-wax-forming part of the pseudo-component i. In general, S

iz
is lower than old

iz . If S
iz equals old

iz , that means all the constituents in pseudo-component i
can potentially enter into wax phase. As each component is split into the wax-forming and 
non-wax-forming components, the number of components one has to work with get doubled.  

5.5.1 Assumptions of Pedersen’s Model

� All constituents of a pseudo-component cannot enter into the wax phase. 
� Only C7+ can potentially form wax.
� The solid phase is a single, homogeneous solution in equilibrium with the liquid 

solution. 
� The solid phase is assumed to behave ideally. 
� The equilibrium ratio, SL

iK , the ratio between the mole fractions of component i in the 
solid and liquid phases, is assumed to be zero for the non-wax-forming parts of all 
pseudo-components. 
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5.5.2 Pedersen’s Model Description (Pedersen, 1995)

Figure 5.4: Liquid-Solid model proposed by Pedersen. 

As shown in Figure 5.4, a component i in the liquid phase is in equilibrium with the same 
component i in the solid phase. The basic criterion for equilibrium is the same as that for 
Won’s model.  At equilibrium, the fugacity of a component i in the liquid mixture, L

if ,
should be equal to the fugacity of the same component i in the solid phase, S

if . Therefore, 

S
i

L
i ff � (5.31) 

The fugacity of component i in the liquid-phase mixture can be described as

Pxf L
ii

L
i �� (5.32) 

where xi is the mole fraction of component i in the liquid phase, L
i� is the fugacity coefficient 

of i in the liquid phase, and P is the system pressure. The fugacity coefficient of component i
in the liquid-phase mixture can be obtained from any EOS, like Peng-Robinson EOS (PR-
EOS) as, 
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where bi, Am, Bm, bm, i , and  are the parameters for PR-EOS, and ZL is the compressibility 

factor for a component i in the liquid mixture at the system pressure and temperature (the 
calculation procedures of these parameters are described in Appendix B), and 1� and 2� are
equal to 21�  and 21
 , respectively. 

As the wax phase is assumed to be an ideal solution, the fugacity of component i, S
if  in the 

solid-phase mixture can be described as

Liquid

Solid

Pxf L
ii

L
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oS
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S
i fsf �
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oS
ii

S
i fsf � (5.34) 

where, oS
if is the fugacity of pure component i in the solid phase and it can be expressed as 
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where oL
if is the fugacity of pure component i in the liquid phase at the system pressure, P, 

and temperature, T; and f
iT and f

iH� are fusion temperature and heat of fusion of pseudo-
component i, respectively. They are given by

f
ii

f TMWH 		�� 1426.0 (5.36) 

where MWi is the molecular weight of component i, and f
iT  can be obtained from 
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	�� (5.37) 

oL
if is expressed as, 

Pf oL
i

oL
i 	� � (5.38) 

where oL
i� is the fugacity coefficient for pure component i in the liquid phase and can be 

obtained from the application of PR-EOS to a single component as 
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where pure
iA and pure

iB are PR-EOS parameters for a single component i, and pure
LZ is the

compressibility factor of pure component i in the liquid phase. Calculations of these 
parameters are described in Appendix K. 

From Equations (4.34), (4.35), and (4.38), the fugacity of component i in the solid-phase 
mixture can be expressed as
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From Equations (4.31), (4.32), and (4.40), it can be written that 
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It should be noted that there is a difference between L
i� and oL

i� : L
i� is the fugacity 

coefficient of a component i in the liquid-phase mixture (obtained by Equation [5.33]), and 
oL
i� is the fugacity coefficient of a pure component i in the liquid phase (obtained by 

Equation [5.39]). Rearranging Equation (5.41) and noting that SL
iK = si / xi, 
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The above equation can be solved to obtain the liquid- and solid-stream compositions and the 
amount of wax precipitated if the values of SL

iK are known. The values of SL
iK can be 

obtained from Equation (5.42), but for finding the value of oL
i� , the liquid-stream 

composition should be known. Thus, this is, again, an open-ended problem. The solution to 
this problem is explained in the next section.  

Also for calculating L
i� and oL

i� from PR-EOS, the critical properties (Pc, Tc) of the pseudo-
components should be known. The critical pressure of n-paraffin is lower than that for an 
aromatic with same molecular weight. As discussed earlier, n-paraffins go into the wax 
phase, whereas the aromatics do not generally form wax. Therefore, the wax-forming part of 
the pseudo-component (mainly consisting of n-paraffins) should have a lower Pc than the 
non-wax-forming part (mainly consisting of naphthenes, aromatics). So the values of Pc for 
the wax-forming and non-wax-forming components are obtained from the following co-
relations:
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where, S
ciP  and Sno

ciP 
 are the critical pressures of the wax-forming and non-wax-forming part 
of the pseudo-component i; Pci is the critical pressure of pseudo-component i before it is split 
into the wax-forming and non-wax-forming parts using Equation (4.28); total

iz represents the 
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mole fraction of the pseudo-component i in the feed stream in Figure 5.1; and S
iz and Sno

iz 


represent the wax-forming and non-wax-forming part of that pseudo-component and old
iz =

S
iz + Sno

iz 
 . Therefore, the feed stream to the flash vessel in Figure 5.1 contains twice the 
number of components than those initially, since each single carbon number fraction is split 
into two parts. For example, consider a C20 component with mole fraction 20Cz in oil. After 
splitting, the feed stream to the flash vessel in Figure 5.1 will contain two pseudo-
components SC20  and SnoC 


20 with mole fractions S
Cz 20 and Sno

Cz 

20  of which the former can enter 

into the wax phase, whereas the latter will always stay in the liquid phase. The wax-forming 
and non-wax-forming parts are treated as different components (the values of SL

iK for the 
non-wax-forming components are taken as zero for all calculations).These z’s should not be 
confused with Z’s in Equations (5.33) and (5.39): lowercase letter z represents the mole 
fractions of component in the feed stream to the flash vessel, whereas capital letter Z
represents the compressibility factors of the components.  

Ronningsen et al. (1997) introduced a correction factor for describing the solid phase 
fugacity of component i at high pressures as
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where iV� is the volume change associated with the solidification process. They suggested 
that it should be taken as -10% of the molar volume of pseudo-component i in the liquid 
phase; Pref is taken as 14.7 psia, as the melting properties are generally available at 
atmospheric pressure. Using Equation (4.45), the expression for SL

iK is modified to

oL
i

refi
f

i

f
i

L
i

i

iSL
i

RT
PPV

T
T

RT
Hx

s
K

�

�

�
�
�

�
�
�
�

� 
�
��
�

�
�
�

�



�

��

)(
1exp

(5.46) 

Both Won’s model and Pedersen’s liquid-solid models deal with wax precipitation from the 
liquid phase. This case is generally valid at lower pressures where the components, which 
may enter into the vapor phase, have already vaporized; but at higher pressures, the vapor 
phase influences wax precipitation. For this case, the three-phase equilibrium containing 
vapor phase should be described, as done in the following section.
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5.6 Three-Phase Flash Calculations (Won, 1986) 

Figure 5.5: Three-phase flash.

As explained earlier, to determine the amount of wax precipitated, flash calculations need to 
be performed. At higher pressures, the three-phase flash calculations need to be performed, 
as the vapor phase comes into the picture along with the liquid and solid phases. This is 
explained in Figure 5.4. A feed of F moles with known composition, zi, is flashed in a flash 
vessel (with known pressure P and temperature T), and three streams are formed: a liquid 
stream of L moles with an overall composition xi, a vapor stream of V moles with an overall 
composition yi, and a solid stream of S moles with an overall composition si.
The overall material balance can be written as

SLVF ��� (5.47) 

The component balance yields

iii sSxLyV 	�	�	�	 izF (5.48) 

As the solid and liquid phases are in equilibrium in the flash vessel, it can be written that 

i
SL
ii xKs 	� (5.49) 

Total moles of Liquid
Composition of Liquid Stream

S: Total moles of solid
si: Composition of solid stream

V: Total moles of Vapor
yi: Composition of Vapor Stream

Flash
T, P

F: Total moles of Feed
zi : Composition of feed stream
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where SL
iK is the equilibrium ratio of the mole fractions of component i in the solid and 

liquid phases at T and P. 

Also, as the vapor and liquid phases are in equilibrium, 

i
VL
ii xKy 	� (5.50) 

where VL
iK is the equilibrium ratio of the mole fractions of component i in the vapor and 

liquid phases at T and P. 

Substituting si and yi from Equations (4.49) and (4.50) and L = F-V-S and rearranging for xi,
Equation (4.48) can be written as 
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Dividing F and rearranging, xi can be expressed as
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Substituting value of xi in Equations (4.49) and (4.50), 
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For both solid and liquid streams,   �� 1ii xs or  �
 0)( ii xs must always be 

satisfied. Also for both vapor and liquid stream,   �� 1ii xy or  �
 0)( ii xy must 
always be satisfied.
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Equations (5.55) and (5.56) represent the modified Rachford-Rice method for the three-phase 
flash involving vapor, liquid, and solid phases. In these equations, zi is known. V/F and S/F 
are the fractions that need to be determined, as S/F represents the mole fraction of wax 
precipitated. If values of VL

iK and SL
iK  are known, then these equations can be solved to 

obtain V/F and S/F, and by Equations (5.52), (5.53), and (5.54), the compositions of each 
stream can be learned. Won’s model (1986) described the method to predict VL

iK and SL
iK for 

three phases. This model is described in the next section.  

5.7 Three-Phase Modeling

The three-phase model is presented in the same paper by Won (1986) in which he proposed 
the two-phase model. The assumptions for the three-phase model are essentially the same as
that for the two-phase model. 

Figure 5.6: Vapor-liquid-solid equilibrium model by Won. 

As shown in Figure 5.5, the solid phase is in equilibrium with the liquid and gas phases. All 
the phases are considered to be non-ideal mixtures. At equilibrium, the fugacity of each 
component in all the phases should be equal. Therefore, 

V
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where, S
if , L

if , and V
if  represent the fugacities of component i in the solid , liquid, and 

vapor phases, respectively. This equilibrium can be considered as two separate equilibriums: 
as L

i
S

i ff � and V
i

L
i ff � . The first one considers the equilibrium between the liquid and 

solid phases, and the latter one considers the equilibrium between the liquid and vapor 
phases.  

As both liquid and solid phases are considered as non-ideal mixtures, 
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Equating the fugacities and applying the Regular Solution Theory, SL
iK =  si/xi is obtained as 
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which is exactly the same as Equation (5.27). f
iT and f

iH� are the fusion temperature, and 
the heat of fusion and can be obtained from Equations (5.14) and (5.15). L

i�  and S
i� are the 

solubility parameters for the liquid and solid phases, respectively, and can be obtained from 
Equations (5.21) and (5.22). � is the average solubility parameter of the mixture and is 
obtained from Equation (5.17). It requires the average volume fraction i� ,which is obtained 
by Equations (5.18) and (5.23)–(5.25). Thus, knowing the values of all the parameters in 
Equation (5.60), SL

iK can be calculated. 

As both the vapor and liquid phases are assumed to behave non-ideally, 

Pyf V
ii

V
i 		� � (5.61) 

Pxf L
ii

L
i 		� � (5.62) 

where, yi and xi are the mole fractions of component i in the vapor and liquid phases, 
respectively; and V

i� and L
i� are the fugacity coefficients of component i in the vapor and 

liquid phases. The �  in Equations (5.61) and (5.62) should not be confused with �  in 
Equations (5.17) and (5.18). The former are the fugacity coefficients; the latter are the 
volume fractions of each component in the various phases. V

i� can be calculated from PR-
EOS. 
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where bi, Am, Bm, bm, i , and  are the parameters for PR-EOS; ZV is the compressibility 
factor for component i in the vapor mixture at system pressure and temperature (calculation 
procedures of these parameters are described in Appendix K); 1� and 2� are equal to 21�
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and 21
 , respectively; and L
i�  is obtained from Equation (4.33). Equating Equations 

(4.61) and (4.62), and noting VL
iK = yi/xi,

V
i

L
i

i

iVL
i x

y
K

�
�

��
(5.64) 

Thus, SL
iK and VL

iK  can be obtained The Rachford-Rice equation for the three-phase problem 
can be solved to obtain the amount of wax, liquid, and vapor formed and the composition of 
each stream. But again, the problem is the same as that for the calculation of both SL

iK and 
VL
iK : xi, yi, and si should be known. For the first iteration, however, they are not known.  

5.8 Development of Algorithm 

5.8.1 Two-Phase Flash Calculations 

To determine the amount of wax formed and the amount of wax precipitated, flash 
calculations have to be performed first. The Rachford-Rice equation needs to be solved for 
this purpose. For two-phase flash calculations, the Rachford-Rice equation is expressed as

� �
� �

0
11

1
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i
SL
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K
F
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zK
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(5.65) 
In Equation (5.65), S/F is the value that one is interested in determining, as it represents the 
amount of wax precipitated. Oil may contain up to 200 components; therefore, a direct 
solution to Equation (5.65) is very difficult. A numerical method has to be used to solve the 
equation. SL

iK  has to be calculated from either Won’s model or Pedersen’s model, but these 
models require the compositions of the solid and liquid phases. Since the compositions of 
solid and liquid streams are unknown, the values of SL

iK  have to be guessed in order to find 
S/F and the compositions of each stream. The compositions, then, should be used to find the 
correct values of SL

iK  from Won’s or Pedersen’s model. This will be explained in detail in 
the next section. For this section, it is assumed that the correct-guess values of SL

iK are 
available.

For solving Equation (5.65), Newton’s method is used. The initial guess value of S/F is 
needed. Due to the large number of components involved and the non-linearity of the 
equation, the nature of flash calculation is such that the convergence of the solution depends 
largely on the initial guess value of S/F. Therefore, Riazi (2005) suggested the following 
formula to calculate the initial guess value of S/F: 
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The value of (S/F) initial is substituted then in Equation (5.65) to calculate the value of
)/( FSf . If it is smaller than a preset tolerance criterion (# ), then the value of S/F is the 

correct one. For this study, a tolerance criterion of 10-10 was used. If the value of )/( FSf is 
larger than # , then the new value of (S/F) is determined by Newton’s method: 

� �
)/(
)/()/(/

FSf
FSfFSFS new

$
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(5.67) 

where )/( FSf $ is the first-order derivative of )/( FSf with respect to (S/F). It is obtained 
as
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Therefore, the procedure to solve the Rachford-Rice equation for a two-phase flash problem 
is given below. 

1. The feed composition (zi), initial guess values of SL
iK , pressure (P) and temperature 

(T) are known. 

2. Find out the initial guess value of (S/F), (S/F) initial
, from Equation (5.66). 

3. Substitute (S/F) initial in Equation (5.1) to evaluate )/( FSf .

4. If )/( FSf <# , then the value of (S/F) is correct, and the compositions of solid and 
liquid streams are determined from Equations (5.5) and (5.6). 

5. If )/( FSf > # , then find )/( FSf $ from Equation (5.8). 

6. Calculate the new value of (S/F) from Equation (5.67) and the value obtained from 
step 5.  

7. Substitute (S/F) obtained from step 6 in Equation (5.65) to evaluate )/( FSf .

8. Repeat steps 4–7 until the ( )/( FSf <# ) criterion is satisfied.

9. From the correct value of (S/F), calculate the solid and liquid stream compositions.
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It should be noted that the correct value of (S/F) is obtained from the assumed values of SL
iK ,

and may not correspond to the actual SL
iK  values. The actual equilibrium ratio values should 

be obtained from Won’s model or Pedersen’s model. The procedure to obtain those values 
will be explained in later sections of this chapter. 

5.8.2 Initial Guess Values of SL
iK

As discussed earlier, to solve the Rachford-Rice equation, the values of SL
iK are required. 

These values can be obtained from Won’s model or Pedersen’s model, but the models require 
the compositions of liquid and solid streams, which are not known initially; thus SL

iK values 
have to be guessed. Due to the complex nature of the Rachford-Rice equation, the solution 
will not converge, however, unless proper values of SL

iK are used. The same problem is 
faced when the Rachford-Rice equation is used for the vapor-liquid flash calculations. For 
the vapor-liquid flash calculations, the initial guess values of equilibrium ratios are obtained 
by Wilson’s co-relation. It is given as
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(5.69) 

where, Pci, Tci, and i% are the critical pressure, critical temperature, and the acentric factor of 
component i, respectively; P and T are the pressure and temperature values at which the flash 
calculations are carried out; and yi and xi represent the mole fractions of component i in the 
vapor and liquid phases, respectively. As the hydrocarbon fraction becomes heavier (i.e., 
when the carbon number of a fraction increases), the tendency of the fraction to go into the 
vapor phase decreases. Therefore, the value of VL

iK decreases. An exactly opposite behavior 
is observed when solid phase precipitation is considered. The heavier fractions have a higher 
tendency to go into the solid phase; therefore, the value of SL

iK  (which is the ratio of mole 
fractions of component i in the solid and liquid phases) increases. Hence, Mei et al. (1999) 
suggested using the reciprocal of VL

iK for calculating the initial guess values of SL
iK as
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(5.70)  

Thus, using the initial guess values of SL
iK , the Rachford-Rice equation can be solved , and 

the composition of solid and liquid phases can be obtained. Using the compositions, the 
correct values of SL

iK  are obtained from Won’s or Pedersen’s model. 



136

5.8.3 Two-Phase Flash Calculations Using Won’s Model 

Using the initial guess values of SL
iK , the amount of wax precipitated (S/F) and the 

compositions of solid (si) and liquid streams (xi) can be calculated. The values do not 
correspond to reality, however, as the calculations have no thermodynamic base. Won’s 
model gives the method to calculate the values of SL

iK  using thermodynamics.  

An algorithm for estimating the amount of wax precipitated and the compositions of solid 
and liquid phases by Won’s model is developed and described below. 

1. The feed composition (zi), pressure (P) and temperature (T) are known. 

2. Find out the initial guess values of SL
iK  using Equation (5.70). Solve the Rachford-

Rice equation using the procedure explained in Section 5.8.1 to find out S/F, si and xi,
which are compositions of solid and liquid streams, respectively. 

3. Calculate L
i�  and S

i� using Equations (5.21) and (5.22) for all components. 

4. Estimate the molar volume of each component in solid ( S
iv ) and liquid phases )( L

iv
from Equations (5.23) through (5.25). 

5. Find out the volume fractions of each component in solid ( )S
i� and liquid phases (

)L
i� using Equation (5.18). 

6. Calculate� , the average solubility parameter of the mixture, for both the liquid and 
solid phases by appropriately putting the volume fraction and the solubility 
parameters of the component phase using Equation (5.17). 

7. Find out f
iT and f

iH� , the fusion temperature and the heat of fusion, from Equations 
(5.14) and (5.15) for each component. 

8. Using the terms obtained in the above steps, find out SL
iK  for each component using 

Equation (5.27). 

9. Solve the Rachford-Rice equation using the procedure explained in Section 5.8.1 and 
the newly obtained SL

iK  values, to obtain the solid mole fraction (S/F), the 
compositions of wax (si), and liquid phases (xi).

10. Repeat steps 3–9, till constant values of the solid mole fraction (S/F) are obtained. 

A program based on the algorithm described above was developed in MATLAB.  
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5.8.4 Two-Phase Flash Calculations Using Pedersen’s Model

Pedersen’s model gives another method to calculate SL
iK  based on thermodynamics. An 

algorithm of estimating the amount of wax precipitated and the compositions of solid and 
liquid phases based on Pedersen’s model is developed and described below. 

1. The feed composition (zi), pressure (P), and temperature (T) values are known. For 
C7+ components, old

iz = zi. 

2. Calculate the density of n-paraffin P
i� using Equation (5.29) for each C7+ component.  

3. Estimate the wax-forming fraction of each C7+ component ( S
iz ) using Equation (5.28) 

and the values of constants given in Table 5.2. 

4. Calculate the non-wax-forming fraction of each C7+ component ( Sno
iz 
 ) using 

Equation (5.30) and the values obtained in step 3. The wax-forming fraction and non-
wax-forming fraction are treated as two different components. These components 
form the new feed to the flash vessel. The C7+ components get doubled in this new 
feed due to the division into these fractions. 

5. Obtain initial guess values of SL
iK  using Equation (5.70) for the wax-forming 

fractions. For the non-wax-forming components and components C1–C7, the values of
SL
iK are assumed to be zero.

6. Solve the Rachford-Rice equation using the procedure explained in Section 5.8.1 to 
find out S/F, si, and xi, which are the compositions of solid and liquid streams. 

7. The wax-forming and non-wax-forming components are assigned the critical 
properties using Equations (5.43) and (5.44). 

8. Calculate the fugacity of each component in the liquid phase, L
i� , using Equation 

(5.33) and the procedure explained in Appendix B. 

9. Calculate the liquid phase fugacity of each pure C7+ component, oL
i� using Equation 

(5.39) and the procedure explained in Appendix B. 

10. The fusion temperature ( f
iT ) and the heat of fusion ( f

iH� ) of each pseudo-
component i are obtained from Equations (5.36) and (5.37), respectively. 

11. Knowing all the terms in Equation (4.42), the SL
iK values are calculated. At higher 

pressures, use Equation (5.46) instead of Equation (5.42). Vi required for the 
calculations is obtained from PR-EOS.
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12. Again, for the non-wax-forming fractions, SL
iK is assumed to be zero.

13. Solve the Rachford-Rice equation using the procedure explained in Section 5.8.1 and 
these newly obtained SL

iK  values to find out the solid mole fraction (S/F) and 
compositions of the wax (si) and liquid phases (xi).

14. Repeat steps 7–13 till constant values of solid mole fraction (S/F) are obtained.  

A program based on the above-described algorithm was developed in MATLAB.  

5.8.5 Three-Phase Flash Calculations 

At higher pressures, the vapor phase also enters the picture. For finding the amount of wax 
and vapor phases formed and the composition of wax, vapor, and liquid streams, the 
Rachford-Rice equation modified for three phases has to be solved as described in Section
5.4.

The Rachford-Rice equation for the three-phase flash calculation is
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In Equations (5.71) and (5.72), the values of (V/F) and (S/F) are unknown and are our area of 
interest, as (S/F) represents the mole fraction of wax formed. The values of SL

iK and VL
iK are 

determined from the model explained in Section 5.5. The model requires the composition of 
each stream and it is not known initially. Therefore, the initial values of SL

iK and VL
iK have to 

be guessed. The initial guess values of SL
iK and VL

iK can be estimated from Equations (5.69) 
and (5.70). From Equation (5.72), it can be seen that these equations are simultaneous, non-
linear equations. Also, as many components are involved, a direct solution for this problem is 
not possible. Therefore, the multivariate Newton’s method is applied for finding out the 
values of S/F and V/F (King, 1971). 

The methods for estimating initial guesses for the multivariate Newton’s method are very 
complicated and were not used. The program for solving the Rachford-Rice equation was 
written. The initial values of (V/F) were assumed to be in the range of 0.85–0.90, whereas 
values (S/F) were assumed to be in the range of 0.01–0.05, none of which introduced any 
convergence problems for the data sets used in this study. These values are substituted in 
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Equations (5.71) and (5.72), and the values of �
�
�

�
�
�

F
S

F
Vf SL , and �

�
�

�
�
�

F
S

F
Vf VL , were calculated. 

If these values are smaller than a preset tolerance criterion (# ), then the values of (S/F) and 
(V/F) are correct. For the current study, a tolerance criterion of 10-5 was used. If the values 
are larger than# , then the new values of (S/F) and (V/F) are determined by the multivariate 
Newton’s method as 
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where j indicates the iteration number. 
j

VL

FS
f

)/(&
& and 

j

VL

FV
f

)/(&
& are the values of the partial 

derivatives of �
�
�

�
�
�

F
S

F
Vf VL , when differentiated with respect to (S/F) and (V/F), respectively,

while keeping other variables constant, and evaluated by substituting values of (S/F) and 
(V/F) in the jth iteration. Those partial derivatives are expressed as
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Similarly,
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when differentiated with respect to (S/F) and (V/F), respectively, while keeping other 
variables constant, and evaluated by substituting values of (S/F) and (V/F) in the jth iteration. 
Those partial derivatives are expressed as
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Therefore, the procedure to solve the Rachford-Rice equation for the three-phase flash 
problem can be summarized as follows: 

1. The feed composition (zi), initial guess values of SL
iK and VL

iK , pressure (P), and 
temperature (T) are known.

2. Use the initial guesses of (S/F) and (V/F) in the range mentioned earlier.

3. Calculate the values of SLf and VLf from Equations (5.71) and (5.72). 

4. If SLf <# and #'VLf , then the values of (S/F) and (V/F) are correct, and the 
compositions of vapor, solid, and liquid streams are determined from Equations 
(5.52) through (5.54). 

5. If SLf >#  or #(VLf , then calculate the values of 
)/( FS

f SL

&
&  and 

)/( FV
f SL

&
& from 

Equations (5.77) and (5.78). Also, calculate the values of 
)/( FS

f VL

&
&  and 

)/( FV
f VL

&
& from 

Equations (5.75) and (5.76). 

6. Obtain the new values of (V/F) and (S/F) from Equations (5.73) and (5.74) using the 
values obtained in step 3 and 5.  

7. Substitute the new values of (V/F) and (S/F) obtained from step 6 into Equations 
(5.71) and (5.72). 
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8. Repeat steps 4–7 until the ( SLf <# and #'VLf ) criterion is satisfied.

9. From the correct values of (V/F) and (S/F), calculate the vapor, liquid, and solid 
stream compositions.

It should be noted, that the correct values of (V/F) and (S/F) are obtained from the assumed 
values of VL

iK and SL
iK ; thus, they may not correspond to the actual equilibrium ratio values. 

These equilibrium ratio values should be obtained from Won’s model for three-phase flash 
calculations.

5.8.6 Three-Phase Equilibrium Calculations

Won’s model gives a method to calculate SL
iK  and VL

iK  based on thermodynamics. An 
algorithm for estimating the amount of wax precipitated and the compositions of vapor, 
liquid, and solid phases based on Won’s three-phase model is developed and described 
below. 

1. The feed composition (zi), pressure (P), and temperature (T) are known.

2. Find out the initial guess values of SL
iK and VL

iK  from Equations (5.69) and (5.70). 
Solve the Rachford-Rice equation using the procedure explained in Section 5.5 to 
obtain (S/F) and (V/F) and yi, si, and xi, which are the compositions of vapor, solid, 
and liquid streams from Equations (5.52) through (5.54). 

3. For calculation of SL
iK

a. Calculate L
i�  and S

i� using Equations (5.21) and (5.22) for all the 
components. 

b. Estimate the molar volume of each component in the solid ( S
iv ) and liquid 

phases )( L
iv  from Equations (5.23) through (5.25). 

c. Determine the volume fractions of each component in the solid ( )S
i� and 

liquid phase ( )L
i� using Equation (5.18). 

d. Calculate � , the average solubility parameter of the mixture, for both liquid 
and solid phases by appropriately substituting the volume fraction and 
solubility parameters of each component using Equation (5.17). 

e. Find out f
iT and f

iH� , the fusion temperature and the heat of fusion, from 
Equations (5.14) and (5.15) for each component. 
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f. Using the terms obtained in the above steps, find out the SL
iK values for each 

component using Equation (5.27). 

4. For calculation of VL
iK

a. Calculate the fugacity of each component in the liquid phase, L
i� , using 

Equation (5.33) and the procedure explained in Appendix B. 

b. Calculate the fugacity of each component in vapor phase, V
i� , using Equation 

(5.63) and the procedure explained in Appendix B. 

c. Using the terms obtained in the above steps, estimate VL
iK for each 

component using Equation (5.64). 

5. Solve the Rachford-Rice equation using the procedure explained in Section 5.5 and 
the newly obtained SL

iK  and VL
iK values to calculate the solid mole fraction (S/F), the 

vapor mole fraction (V/F), and the compositions of vapor (yi), wax (si), and liquid 
phases (xi) from Equations (5.52) through (5.54). 

6. Repeat steps 3–5, till the constant values solid (S/F) and vapor mole fractions (V/F) 
are obtained.  

This algorithm allows us to predict the amount of wax precipitated and the amount of vapor 
phase formed at a given pressure and temperature. A program based on the algorithm 
described above was developed. 

5.9 Predictions and Comparisons  

5.9.1 Predictions from Won’s model 

Dauphin et al. (1999) published data for wax precipitation from the liquid phase, which have 
become the standard for testing wax precipitation models. Table 5.3 gives the composition of 
a system used by Dauphin et al.  
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Table 5.3. Composition of oil System A

Component Mole 
fraction

C10 0.80065

C18 0.029981

C19 0.025723

C20 0.022065

C21 0.018946

C22 0.016246

C23 0.013939

C24 0.01196

C25 0.01026

C26 0.008812

C27 0.007555

C28 0.006513

C29 0.005561

C30 0.004769

C31 0.004101

C32 0.00351

C33 0.003024

C34 0.002589

C35 0.001889

C36 0.001904

The composition in Table 5.3 was used as feed composition (zi). Flash calculations were 
carried out using the procedure explained in Section 5.8.1. Won’s model was used to predict 

SL
iK  values. Flash calculations were repeated until constant values of the solid mole fractions 

were obtained. The calculation procedure is explained in detail in Section 5.3. Next, the solid 
mole fraction was converted into the weight percent. Figure 5.7 presents a comparison of the 
results obtained from Won’s model with the experimental data.  
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Figure 5.7. Percent of wax precipitated as a function of temperature for System A.

It can be seen from Figure 5.7 that as the temperature is reduced the amount of wax 
precipitated increases. This is consistent with experimental observation. It can also be seen 
that Won’s model overestimates the amount of wax precipitated at a given temperature, but 
the wax appearance temperature (WAT) prediction is close to the experimental value. The 
WAT of System A was found from the experiments to be 308.75 K. As the WAT is the 
temperature at which wax starts precipitating, it can be taken as the temperature at which the 
curve for 0% of wax precipitation meets the temperature line. It is estimated as 308.90 K
from Won’s model, so the prediction is quite close.  

The predictions from Won’s model were compared with commercial computer software to 
learn the difference in predictions. The composition of System A was used as a feed to 
Computer Modeling Group’s PVT simulator WINPROP®, but the program failed to execute 
for the given composition. Therefore, the same composition was used in PVTPROP’s 
Protroleum® software for the predictions. The comparison is shown in Figure 5.8.
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Figure 5.8: Percent of wax precipitated as a function of temperature for System A 
(comparison with other software). 

It can be seen that predictions from the Protroleum®’s wax module show a different behavior. 
At higher temperatures, the predictions are lower than the experimental values, whereas the 
predictions are significantly higher at lower temperatures. Protroleum® uses the polymer 
solution theory model (Zhou et al., 1995). The WAT predicted using Protroleum® is around 
304.55 K, so the WAT prediction is better using Won’s model than using that by 
Protroleum® software.

The reason why Won’s model overestimates the amount of wax precipitated can be attributed 
to the use of melting properties of n-paraffins to the whole carbon number fraction. This 
essentially means that all the components in a single carbon number fraction are n-paraffins 
and can precipitate as wax. This is not actually the case. Pedersen (1995) has mentioned that 
stable oil contains around 15% paraffinic compounds. Therefore, the amount of wax 
precipitated is generally higher for Won’s model. 

Won’s model was tested for another mixture, System B. The composition of System B is 
shown in Table 5.4. 
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Table 5.4. Composition of System B

Component Mole fraction

C10 0.800033

C18 0.033915

C19 0.029102

C20 0.024961

C21 0.021427

C22 0.018372

C23 0.015766

C24 0.013528

C25 0.011604

C26 0

C27 0

C28 0 

C29 0.006288

C30 0.005405

C31 0.004631

C32 0.003972

C33 0.003411

C34 0.002922

C35 0.002508

C36 0.002153

The composition for System B was used in the program for Won’s model to predict the 
percent of wax deposited as a function of temperature. As expected, as the temperature is 
reduced more and more, wax starts precipitating. Figure 5.9 gives the comparison of results 
obtained from the model and experimental data. Also, the predictions are compared with 
Protroleum®’s wax module. Again, CMG’s Winprop® failed to execute for the given 
composition. 
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Figure 5.9: Percent of wax precipitated as a function of temperature for System B. 

From Figure 5.9, it can be seen that the predictions from Won’s model are higher than the 
experimental values. Protroleum® gives better results, but overestimates at lower 
temperatures. The WAT predicted from Won’s model is 310.42 K, while that from 
Protroleum® is 305.1 K. The experimental value of WAT for System B is 309.65 K. Hence, 
the WAT predicted from Won’s model is closer than that from Protroleum®. The reason for 
the overestimation of wax precipitated is the same as described earlier.

The model was tested for the third sample, System C. The composition of the sample given 
in Table 5.5 was used as feed composition. The amount of wax precipitated as a function of 
temperature was predicted using Won’s model and Protroleum® software. The results are 
compared with the experimental data in Figure 5.10. 

From Figure 5.10, it can be seen that, again, Won’s model predicts higher wax precipitation 
than the experimental values. Also, the predictions from the Protroleum® software are higher 
at lower temperatures. The WAT predicted from Won’s model and Protroleum® are 311.2 K
and 304.75 K, respectively. The experimental value of WAT is 310.37 K. As observed in 
earlier cases, the WAT predictions from Won’s model are much closer to the experimental 
values.
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Table 5.5. Composition of System C

Component Mole fraction
C10 0.800033
C18 0.037241
C19 0.031958
C20 0.027418
C21 0.023527
C22 0.020185
C23 0.017317
C24 0.014858
C25 0
C26 0
C27 0
C28 0 
C29 0
C30 0.00593
C31 0.005086
C32 0.00437
C33 0.003745
C34 0.003209
C35 0.002754
C36 0.002368

Figure 5.10: Percent of wax precipitated as a function of temperature for System C.
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A summary of the WAT predictions is given in Table 5.6.  

Table 5.6. Summary of WAT predictions 

System A System B System C
WAT experimental (K) 308.75 309.65 310.37

WAT from Won’s model (K) 308.9 310.42 311.2

WAT from Protroleum (K) 304.55 305.1 304.75

Average Absolute Deviation (K) 0.15 0.77 0.83

From Table 5.6 it can be seen that the average absolute deviation for the WAT prediction is 
very low. Won’s model predicts WAT reasonably, even though it overestimates the amount 
of wax precipitated. Therefore, Won’s model is still used in industry.  

From System A to System C, the composition changes in that the mole fractions of 
intermediate components are lowered. The melting properties assigned by Won’s model are 
such that heavier components have a higher tendency of going into wax phase. Therefore, the 
heavier components will have larger mole fractions in the wax phase. As the composition 
changes from System A to C, the volume fraction of heavier components also increases in the 
solid phase; thus equilibrium ratio values become higher for System C than those for System 
A at the same temperature. Hence, the amount of wax precipitated becomes higher at a given 
temperature for System C, and the WAT also increases accordingly. The same trend is 
observed here. 

Even though solid-liquid equilibrium data given by Dauphin et al. (1999) are considered
standard for wax models, Won’s model is checked with a real reservoir fluid system. The 
composition of oil used is given in Table 5.7. The composition given is only up to C30+
components. Generally, wax-forming components are within the range of C15–C50. Therefore, 
to study the actual behavior, the C30+ components need to be split to C80 using any plus-factor 
characterization scheme. The model then becomes calculation intensive due to the large 
number of components involved and due to the complex nature of flash calculations. It is 
advised that the characterized components should be lumped together to a suitable number of 
components to simulate the process. Pedersen’s lumping scheme was used. The composition 
after lumping is given in Table 5.8, as given by Pedersen et al. (1991). 
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Table 5.7. Composition of Oil 1 (Pedersen et al., 1991) 

Component Mol % Mol wt Density

C1 1.139 16.043 0.3

C2 0.507 30.07 0.356

C3 0.481 44.097 0.507

i-C4 0.563 58.124 0.563

C4 0.634 58.124 0.584

i-C5 1.113 72.151 0.625

C5 0.515 72.151 0.631

C6 2.003 86 0.69

C7 5.478 90.9 0.749

C8 8.756 105 0.768

C9 7.222 117.7 0.793

C10 5.414 132 0.808

C11 5.323 148 0.815

C12 4.571 159 0.836

C13 5.289 172 0.85

C14 4.72 185 0.861

C15 4.445 197 0.873

C16 3.559 209 0.882

C17 3.642 227 0.873

C18 3.104 243 0.875

C19 2.717 254 0.885

C20 2.597 262 0.903

C21 1.936 281 0.898

C22 2.039 293 0.899

C23 1.661 307 0.899

C24 1.616 320 0.9

C25 1.421 333 0.905

C26 1.233 346 0.907

C27 1.426 361 0.911

C28 1.343 374 0.915

C29 1.3 381 0.92

C30+ 13.334 624 0.953
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Table 5.8. Composition after lumping 

Component Mole % Mole wt
C1 1.128 16
C2 0.502 30.1
C3 0.476 44.1
i-C4 0.557 58.1
C4 628 58.1
i-C5 1.102 72.1
C5 0.51 72.1
C6 1.983 86.2
C7 5.424 90.9
C8 8.669 105

C9-C10 7.15 117.7
C11-C13 20.392 152.4
C14-C15 9.074 190.8
C16-C19 10.206 225.6
C20-C23 9.197 270.4
C24-C28 7.284 331.9
C29-C37 5.266 406.9
C38-C48 4.644 529
C49-C65 3.344 685.9

C65+ 2.465 921

Using the composition given in Table 5.7 as feed, the results obtained from Won’s model are 
shown in Figure 5.8. 

Figure 5.11: Percent of wax precipitated as a function of temperature for Oil 1.
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From Figure 5.11, it can be seen that, as in earlier cases, Won’s model over-predicts the 
amount of wax precipitated. The WAT determined experimentally is 304.16 K, while that 
from Won’s model is 310.68 K. There is a deviation of about 6.52 K. This can also be 
attributed to the assigning of melting properties of n-parafffins to all components in a single 
carbon number fraction. 

5.9.2 Predictions from Pedersen’s Model

Pedersen’s model assumption distinguishes between n-paraffinic compounds and other 
components in hydrocarbon families. This scenario is much closer to reality. 

Pedersen’s model was tested against the solid-liquid experimental data published by Dauphin 
et al. (1999), as it has become the standard for wax modeling. The composition given in 
Table 5.3 was used as the feed composition for the flash calculations. The procedure 
explained in Section 5.8.4 was used to predict the amount of wax precipitated at a given 
temperature. The predictions are compared with experimental data, as well as with the 
predictions obtained from Won’s model. The results are shown in Figure 5.12.

Figure 5.12: Percent of wax precipitated as a function of temperature for System A.

From Figure 5.12 it can be seen that predictions for the amount of wax precipitated from 
Pedersen’s model are much closer to the experimental values than those from Won’s model. 
This can be attributed to the concept of distinguishing between n-paraffins and other 
components of carbon fraction. In Won’s model, the assignment of melting properties of n-
paraffins to whole carbon fraction means that the whole carbon fraction is n-paraffinic and 
can form wax. Hence, the predictions are higher for Won’s model. Pedersen’s model 
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separates n-paraffins from other components with the distribution explained in Equation 
(5.28). A, B, and C are the constants which are obtained by tuning them with experimental 
data. For tuning, the Levenberg-Marquardt optimization routine in MATLAB was used. It 
uses the least-squares method to fit the data. Optimum values obtained are shown in Table 
5.9.

Table 5.9. Optimum values of A, B, and C in Equation (5.28) 

A 0.5903
B 5.70*10-4

C 0.1354

The WAT obtained from Pedersen’s model is 314.6 K, whereas that from Won’s model is 
308.90 K. The experimental value of the WAT of 308.75 K is close to the prediction from 
Won’s model. This error can be attributed to the assumption of ideality in a solid phase. The 
experimental data has indicated that the solid phase generally behaves as a non-ideal 
solution.  

The model is tested with another data set from Dauphin’s data. The composition is given in 
Table 5.4. The composition of System B was used as composition of feed stream to flash 
vessel. The A, B, and C values are the values obtained by optimizing the data for all the 
samples; therefore A, B, and C, given in Table 5.9, were used. Predictions from Pedersen’s 
model are given in Figure 5.13 as a function of temperature. The results are compared with 
the experimental data as well as the predictions from Won’s model.

From Figure 5.13, it can be seen that, again, the predictions for the amount of wax 
precipitated from Pedersen’s model are closer to the experimental values than those from 
Won’s model. The reason is the same as that in the earlier case. The WAT predicted from 
Pedersen’s model is 315.2 K, while that from experiments is 309.65 K. The prediction from 
Won’s model (310.4 K) is closer to the experimental value. 
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Figure 5.13: Percent of wax precipitated as a function of temperature for System B. 

Pedersen’s model was tested against another sample data from Dauphin. The composition is 
given in Table 5.5. The values for A, B, and C, given in Table 5.9, were used in the 
procedure explained in Section 5.8.4. The predictions were compared with experimental data 
and predictions from Won’s model in Figure 5.14. The trend is similar to those seen in earlier 
cases. The predictions from Pedersen’s model are closer to experimental data than those from 
Won’s model. This is due to the splitting of a carbon fraction into the wax-forming and non-
wax-forming parts. Yet again, the WAT predicted for System C using Pedersen’s model is 
315.6 K. It is considerably different from the experimental value of 310.37 K. The prediction 
of Won’s model is much closer. This deviation can be attributed to the assumption of the 
solid phase behaving as an ideal solution. 
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Figure 5.14: Percent of wax precipitated as a function of temperature for System C.

The model also was checked for real reservoir fluid. For this, the composition of oil given in 
Table 5.7 was used as the feed composition. As seen earlier, the composition up to C30 is not 
sufficient to describe the behavior of wax; therefore, the C30+ fraction needs to be split into 
higher carbon number fractions. As the number of components increase, however, the flash 
calculations become very unstable. Therefore, to get the actual description and to reduce the 
number of components; the components are lumped together using Pedersen’s scheme. The 
composition after lumping is shown in Table 5.8.  

The results obtained from the model are shown in Figure 5.15. These results were compared 
with the experimental data and were compared with the predictions from Won’s model. It 
can be seen that the predictions from Pedersen’s model are lower than those from Won’s 
model and are closer to the experimental values. This is due to the splitting of carbon fraction 
into wax-forming and non-wax-forming components, but the WAT predicted from 
Pedersen’s model is 311.2 K and that from Won’s model is 310.68 K, while the experimental 
value is 304.68 K. Again, the WAT prediction is closer with Won’s model. This can be 
attributed to the assumption of the solid behaving as an ideal solution, as it is not what is 
expected in reality.
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Figure 5.15: Percent of wax precipitated as a function of temperature for Oil 1.

5.9.3 Predictions from Three-Phase Flash Calculations 

As discussed earlier, at higher pressures the vapor phase will enter the picture. For this 
condition, the three-phase flash calculations need to be performed. Sections 4.4 and 4.5 
explain the three-phase modeling. The composition of the oil used is given in Table 5.10.   

The experimental data for three-phase solid/liquid/vapor equilibrium is scarce; therefore, 
predictions from the developed program are compared with predictions given by Won (1986) 
in Figure 5.16. From this figure, it can be seen that predictions from the developed program 
are in close agreement with predictions from Won’s model. This is because the program is 
based on Won’s model. The deviation can be due to the use of different EOS for describing 
vapor-liquid equilibrium. The PR-EOS was used in this study, while in Won’s paper, the 
SRK EOS was used. 
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Table 5.10. Composition of oil used for three-phase calculations (Won, 1986) 

Component Mole % Component Mole %

CO2 9.16 C21 0.037

C1 68.8 C22 0.031

C2 8.43 C23 0.026

C3 5.11 C24 0.022

C4 5.11 C25 0.018

C5 1.05 C26 0.015

C6 0.63 C27 0.012

C7 0.83 C28 0.01

C8 0.95 C29 0.0086

C9 0.52 C30 0.0071

C10 0.26 C31 0.0059

C11 0.2 C32 0.0049

C12 0.17 C33 0.0041

C13 0.16 C34 0.0034

C14 0.15 C35 0.0028

C15 0.11 C36 0.0024

C16 0.086 C37 0.002

C17 0.078 C38 0.0016

C18 0.068 C39 0.0014

C19 0.054 C40 0.0011

C20 0.045

Figure 5.16: Three-phase equilibrium calculations.
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5.9.4 Summary of Comparisons 

� Won’s model overestimates the amount of wax precipitated at a given temperature, 
but the WAT predicted by Won’s model are in agreement with the experimental 
data. 

� The reason for overestimation of wax precipitated is the model’s inability to 
distinguish between wax-forming and non-wax-forming components.  

� Predictions from Pedersen’s model for the amount of wax formed are lower than 
those from Won’s model and closer to the experimental values. This is due to the 
model’s ability to distinguish between n-paraffinic (wax-forming components) and 
other components in carbon fraction (non-wax-forming components). 

� The WAT predicted by Pedersen’s model are much higher than those by Won’s 
model. This can be attributed to the assumption in Pedersen’s model that the solid 
phase behaves as an ideal solution, as it is contradictory to the experimental 
observation. 

5.10 Modification of Won’s Model 

There is growing evidence which suggests that only compounds with long n-alkyl chains 
form a wax phase. These components with long n-alkyl changes are also known as n-
paraffins (Coutinho et al., 2001). The other components present in oil, such as branched 
paraffins and naphthenes, generally do not enter into the wax phase. As explained earlier, it is 
very difficult to distinguish between n-paraffins and other components experimentally, as it 
requires a huge amount of work on the experimental part and, thus, is not generally done. 
Pedersen (1995), as explained earlier, devised an easy numerical model to distinguish 
between wax-forming and non-wax-forming components. In the proposed modification of 
Won’s model, this concept of splitting a carbon fraction into the wax-forming and non-wax-
forming components is used.  

Also, most mixtures behave non-ideally in the solution (Prausnitz, 1969). Therefore, the 
assumption of the solid phase behaving ideally does not really depict the actual scenario. For 
that reason, the assumption of the solid phase behaving non-ideally, which was made in 
Won’s model, is retained in this modification.

The melting properties given in Won’s model were actually for n-paraffins, but were used for 
the whole fraction of a pseudo-component. In this modification, there will be a distinction 
between the wax-forming and non-wax-forming components. The melting properties will 
only be assigned to wax-forming components. Non-wax-forming components will not be 
present in the solid phase and will contribute only in the liquid phase. 

The presence of C1–C7 components in the wax phase is rare. If they are present, it is often 
argued that during experiments these components get trapped in the wax phase and are not 
actually present in the wax phase as solids. In this modification, therefore, it is assumed that
only C7+ components can form wax. 
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5.10.1 Assumptions of Modified Model

� The solid phase is a single, homogeneous solution, which is in equilibrium with the liquid 
solution. 

� The solid phase is assumed to be behaving non-ideally.

� Only C7+ components can form wax.

� Only part of a pseudo-component can potentially enter into the wax phase. 

� The heat capacity change of fusion is assumed to be negligible. 

� The equilibrium ratio, SL
iK , the ratio between mole fraction of component i in solid phase 

and liquid phase, is assumed to be zero for non-wax-forming parts of all pseudo-
components. 

5.10.2 Modified Won’s Model

According to the modified Won’s model, the mole fraction of the potentially wax-forming 
component, S

iz , of a pseudo-component i, having a total mole fraction old
iz , is given by: 
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where Mi is the molecular weight of pseudo-component i, i� is the density of the pseudo- 
component at standard conditions, and P

i� is the density of n-paraffin with molecular weight 
Mi at atmospheric pressure and 15°C. P

i�  can be obtained from 

i
p

i Mln0675.03915.0 	��� (5.80) 

The values of A, B, and C are constants, which are determined from the predictions tuning 
with the experimental data. The non-wax-forming part ( Sno

iz 
 ) can be obtained from 
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(5.81) 

From the above equations, all C7+ components are split into two parts: a wax-forming part 
( S

iz ) and a non-wax-forming part ( Sno
iz 
 ). These two parts are treated as two different 

components. Therefore, the number of components are doubled from C7+ onwards. The non-
wax-forming part does not come into the picture when the solid phase is being considered, 
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but the wax-forming part is in all calculations corresponding to the liquid phase, as it is a 
component that may potentially enter into wax phase.  

The thermodynamic criterion is the same in Won’s model, which is at equilibrium with the 
fugacity of component i in the solid phase (wax phase) and should be equal to the fugacity of 
the same component in the liquid phase (oil phase). Therefore, 

S
i

L
i ff � (5.82) 

where L
if  = fugacity of component i in the liquid-phase mixture, and S

if = fugacity of 

component i in the solid-phase mixture.

The liquid phase fugacity of component i in the mixture can be expressed as

oL
ii

L
i

L
i fxf �� (5.83) 

where L
i� is the activity coefficient of component i in liquid phase, xi is the mole fraction of 

component i in the liquid-phase mixture, and oL
if  is the standard state fugacity of component 

i in liquid phase. It can also be described as the liquid phase fugacity of component i in its 
pure form.

The solid phase fugacity of component i in the mixture can be expressed as 
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where S
i� is the activity coefficient of component i in solid phase, si is the mole fraction of 

component i in solid phase, and oS
if  is the solid phase fugacity of component i in its pure 

form.

From Equations (5.82), (5.83), and (5.84), 
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As SL
iK = si / xi, rearranging Equation (5.85), 
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Currently, there is no EOS that can describe the volumetric behavior of a solid. As explained 
in Appendix A, however, by relating the chemical potential of the solid phase to that of the 
liquid phase, the ratio of oL

if  to oS
if can be expressed as
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where fT , fH� , PC� , and V� are fusion temperature, heat of fusion, heat capacity change 
during fusion, and volume change of fusion, respectively; and P and T are the pressure and 
temperature, respectively at which flashing is being carried out. Therefore, from Equations 
(5.85) and (5.86),
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Co-relations given by Won were used to calculate the heat of fusion ( fH� ) and temperature 
of fusion ( fT ) of the wax-forming components as  

f
ii

f
i TMWH 		�� 1426.0 (5.89) 

where MWi is the molecular weight of the component, and f
iT  can be obtained from 

ii
f

i MWMWT /2017202617.05.374 
	�� (5.90) 

As explained in Section 5.1, the second term is assumed to be zero. Ronningsen et al. (1997) 
suggested that volume change during solidification should be taken as -10% of the molar 
volume of the pseudo-component i in a liquid phase. Pref is taken as 14.7 psia, as the melting 
properties are generally available at atmospheric pressure. The molar volume of a component 
in liquid phase can be obtained from Won (1986): 
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and therefore, the molar volume of component i solid is obtained by L
i

S
i vv *9.0� .

The solid phase is assumed to be a non-ideal mixture. Hence, the ratio of activity coefficients 
cannot be equated to 1. Similar to Won’s model (1986), the use of Regular Solution Theory 
to estimate the ratio of activity coefficients (for both liquid and solid phases) yields
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where iv is the molar volume, i� is the solubility parameter, and � is the average solubility 
parameter of the mixture. The average solubility parameter can be estimated as

� ii��� (5.94) 

where i� is the volume fraction of component i, and it can be obtained for both liquid and 
solid phases from the following relationships: 
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The molar volumes for solid and liquid phases are obtained from Equations (5.91) and (5.92). 
The solubility parameters for the components in the liquid and solid phases are obtained by 
co-relations given by Pedersen et al. (1991): 
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where, CN is the carbon number of the component, and a1 and a2 are equal to 0.5914 
(cal/cm3)0.5 and 5.763 (cal/cm3)0.5, respectively. 

Thus from Equations (5.91–5.92) and (5.94–5.95), all of the parameters required in Equation 
(5.93) can be obtained, and the activity coefficients for both liquid and solid phases can be 
calculated. Applying Equation (5.93) to both liquid and solid phases, the ratio of activity 
coefficients can be expressed as 
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From Equation (5.88) and (5.98) and from neglecting the change in heat capacity after 
solidification, SL

iK can be expressed as
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After obtaining SL
iK  values, the Rachford-Rice equation can be used to find the amount of 

wax precipitated at any given condition. The material balance equations remain the same as 
explained in Section 5.1. The detailed procedure is explained in the next section.

5.10.3 Procedure for Using Modified Won’s Model

1. The feed composition (zi), pressure (P), and temperature (T) are known initially. For 
C7+ components, old

iz = zi. 

2. Estimate the density of n-paraffin , P
i� , using Equation (5.29) for each C7+ 

component.  

3. Obtain the wax-forming fraction of each C7+ component ( S
iz ) using Equation (5.79).

4. Calculate the non-wax-forming fraction of each C7+ component ( Sno
iz 
 ) using 

Equation (5.81) and the values obtained in step 3. From here on, the wax-forming 
fraction and non-wax-forming fraction are treated as two different components. These 
components now form the new feed to the flash vessel. The C7+ components get 
doubled in this new feed due to the division into these fractions. 

5. Determine the initial guess values of SL
iK  using Equation (5.70) for the wax-forming 

fractions. For the non-wax-forming components and components C1–C7, SL
iK values 

are taken to be zero.

6. Solve the Rachford-Rice equation by using the procedure explained in Section 5.1 to 
find out S/F, si, and xi, which are the compositions of solid and liquid streams. Due to 
the assumption made in step 5, the liquid stream will contain C1–C7, the non-wax-
forming part of the pseudo-component and a fraction of the potentially wax-forming 
part of the pseudo-component. The solid stream will only contain the wax-forming 
part of pseudo-components.

7. Calculate L
i�  and S

i� using Equations (5.96) and (5.97) for all of the components. 

8. Estimate the molar volume of each component in the solid ( S
iv ) and liquid phases 

)( L
iv  from Equations (5.91)–(5.92). 

9. Determine the volume fractions of each component in the solid ( )S
i� and liquid phase 

( )L
i� using Equation (5.95). 

10. Calculate � , the average solubility parameter of the mixture, for both liquid and solid 
phases by appropriately substituting the volume fraction and solubility parameters of 
each phase in Equation (5.94). 
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11. Determine f
iT and f

iH� , the fusion temperatures and heat of fusion, from Equations 
(5.14) and (5.15) for each component. 

12. Using the terms obtained in the above steps, find out SL
iK  for each component using 

Equation (5.88).  Again, SL
iK  for the non-wax-forming fraction of component and 

C1–C7 are taken as zero. 

13. Solve the Rachford-Rice equation by using the procedure explained in Section 5.1 
and using these newly obtained SL

iK values to determine the solid mole fraction 
(S/F), the compositions of wax (si), and liquid phases (xi).

14. Repeat steps 3–13, until constant values of the solid mole fraction (S/F) are obtained.  

A program based on the algorithm described above was developed in MATLAB. The results 
obtained are presented in the next section.

5.10.4 Results and Discussion

The modified Won’s model distinguishes between the wax-forming and non-wax-forming 
components of a hydrocarbon pseudo-component. The solid phase is assumed to be a non-
ideal solution. The Regular Solution Theory is used to describe the non-ideality of both
phases.  

A program was developed in MATLAB using the procedure explained in Section 5.10.3, and 
the model was tested against the data published by Dauphin et al., (1999).  

Table 5.3 gives the composition used as the feed composition for flash calculations. The 
program was run for various temperatures to find out the amount of wax precipitated at those 
conditions. Results from the program are shown and compared with the experimental data in 
Figure 5.17. 
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Figure 5.17: Percent of wax precipitated as a function of temperature for System A.

From Figure 5.17, it can be seen that the predictions from the modified Won’s model are 
within reasonable accuracy. The general trend is also captured properly. The WAT predicted 
from the modified model is 306.2 K, whereas that which was experimentally determined is 
308.75 K.

Figure 5.18 shows the comparison of predictions from the modified model versus predictions 
from the other models.  
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Figure 5.18: Percent of wax precipitated as a function of temperature for System A. 

From Figure 5.18, it can be seen that the predictions from the modified Won’s model are 
much closer to the experimental data than those from other models. But the WAT predicted 
from the original Won’s model is much closer to the experimental value than the modified 
Won’s model or Pedersen’s model. It should be noted that the modified Won’s model has 
tunable parameters A, B, and C, which can be tuned to match the experimental data. Also, it 
should be understood that Pedersen’s model has these tunable parameters, but Pedersen’s 
model is very calculation intensive, and due to the complex nature of flash calculations, 
convergence is not always achieved. Thus, tuning is much more difficult in the case of 
Pedersen’s model.  

In the current study, emphasis was given to match the amount of wax precipitated at various 
temperatures. The values of A, B, and C were obtained to be 0.15, 0, and 0, respectively. 
Deviation in the WAT prediction is within the acceptable range, as other models in the 
literature have reported deviations of up to 15°C. Predictions are better for the modified 
model compared to Won’s model because the modified model distinguishes between n-
paraffinic components and other components of hydrocarbon fraction. The melting properties 
of n-paraffins are assigned only to the wax-forming part of carbon fraction. Thus, predictions 
from the modified model are lower than the original model and are closer to the experimental 
value.  

Pedersen’s model assumes the solid phase to be an ideal phase. It is proven that most 
mixtures behave non-ideally (Prausnitz, 1969); therefore, the description of the solid phase as 
a non-ideal solution in the modified model might be the reason why the modified model’s 

Wax precipitation as function of temperature

0

10

20

30

40

50

260 270 280 290 300 310 320

Temperature (K)

%
 W

ax
 p

re
ci

pi
ta

te
d

Exp data (Dauphin et al 1999) Won's model

Pedersen's model Modified Won



167

predictions are better. Also, in Won’s model, the change in volume during solidification is 
neglected, and such behavior is not observed experimentally. The modified model accounts 
for the change in the volume when a component in the liquid state is converted into the solid 
state. All these factors lead to better predictions from the modified Won’s model. 

The composition given in Table 5.4 was used as the feed composition for flash calculations. 
At various temperatures, the predictions for the amount of wax precipitated are obtained from 
the program. The comparison of predictions from the program and the experimental data is
shown in Figure 5.19. 

Figure 5.19: Percent of wax precipitated as a function of temperature for System B. 

From Figure 5.19, it can be observed that predictions from the modified Won’s model are 
quite close to experimental values. The WAT predicted from the modified Won’s model is 
307.4 K, while that determined from experiments is 309.65 K. The error is within acceptable 
limits when compared with deviations in WAT predictions, as reported in the literature.

Figure 5.20 shows the comparison predictions from Won’s model with predictions from 
other models. 

Wax precipitation as function of temperature

0

10

20

30

40

50

260 270 280 290 300 310 320

Temperature (K)

%
 W

ax
 p

re
ci

pi
ta

te
d

Exp data (Dauphin et al 1999) Modified Won



168

Figure 5.20: Percent of wax precipitated as a function of temperature for System B. 

It can be seen once again that the modified Won’s model gives better predictions for the 
amount of wax precipitated at a given temperature than do other models. The reason is the 
distinction between the wax-forming and non-wax-forming components, accounting for 
volume change during the solidification process, and the assumption of the solid phase as a 
non-ideal solution. Again, the WAT predictions are better with the original Won’s model. 
The modified Won’s model neglects the difference in heat capacities between solid and 
liquid states of a component while relating the fugacity of the component in solid phase to 
the fugacity of the component in a sub-cooled liquid state at the same conditions. This may 
be the reason why there is a deviation in the WAT from the modified Won’s model.  

The composition of System C, as given in Table 5.5, was used as a feed to the flash vessel. 
The amounts of wax precipitated at various temperatures were obtained using the program 
for the modified Won’s model. The predictions were compared with the experimental data in 
Figure 5.21.  
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Figure 5.21: Percent of wax precipitated as a function of temperature for System C.

It can be seen from Figure 5.21 that the predictions from the modified model are in 
agreement with the experimental data. In the region of 280–295 K, the model overpredicts 
the amount of wax precipitated. It should be noted that the model does not describe what type 
of crystal wax forms. Wax crystals exhibit many kinds of solid habits such as orthorhombic, 
triclinic, etc. The thermophysical properties, such as heat of fusion and fusion temperature, 
are dependent on the solid habit of the crystal. The properties used in the modified model are 
reported just for n-paraffins; it is not mentioned which solid habits exhibit those properties. 
Therefore, the properties used in the modified Won’s model may not depict actual properties 
of wax crystals. That could be the reason why the model does not describe the behavior 
exactly.

Figure 5.22 shows the comparison of predictions from the modified model with other 
models. It can be seen that, again, overall predictions are better with the modified model. The 
reason is the same as seen in earlier cases. The WAT prediction of 308.72 K is within the
acceptable range of the experimental value of 310.37 K, but, again, the WAT prediction from 
the original Won’s model is much better. 
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Figure 5.22: Percent of wax precipitated as a function of temperature for System C.

The modified Won’s model was tested against a real reservoir fluid. The composition of the 
oil is given in Table 5.7. As explained earlier, to get the actual behavior of the oil, the plus 
fraction must be split into higher carbon-number fractions by a plus-factor characterization 
scheme. Due to the large number of components involved and the complexity of flash 
calculations, however, the convergence is not always achieved. Hence, it is suggested that the 
components should be lumped. The lumped composition is given in Table 5.8. This 
composition becomes the feed for flash calculations.  

The predictions obtained from the modified model are compared with predictions from other 
models in Figure 5.23. The predictions from Pedersen’s model and the modified Won’s 
model are very close and lower than predictions form Won’s model. This is expected because 
in the modified model the number of components which can form wax are lower than those 
in the original Won’s model. This is due to the distinction made between n-paraffins and 
other models in the modified model as well as Pedersen’s model. The WAT prediction of 
308.32 K from the modified model is lower than predictions from the Pedersen’s model and 
the original Won’s model as seen in all of the previous cases. In this case, however, the 
original Won’s model severely overpredicts the amount of wax precipitated, and hence, the 
WAT is also higher for the original Won’s model. Thus, the WAT prediction from the 
modified Won’s model is closer to the experimental value.  
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Figure 5.23: Percent of wax precipitated as a function of temperature for Oil 1. 
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Summary

� A review of wax precipitation and deposition studies as well as wax appearance 
temperature (WAT) measurement techniques shows that no currently available 
technique is able to detect this thermodynamic property accurately. However, cross 
polarization microscopy remains the most acceptable technique due to its higher 
accuracy and certainty in comparison to other techniques.  

� The viscometry technique for WAT should not be used independently for WAT
measurement, but along with other techniques of greater certainty and accuracy. 
Results inferred from viscometry could be misleading especially when the change in 
fluid behavior does not produce a distinctive point. This could be extended to all 
techniques that infer WAT from change in measured fluid properties.  

� Most results of WAT obtained from cross polarization microscopy are higher than 
viscometry results for the same crude oil sample. This supports all other reports that 
cross polarization microscopy is more sensitive and more accurate than viscometry.

� Wax appearance temperature measurement is found to be sensitive to thermal history. 
Results obtained without erasing previous history gave misleading low WAT. It is 
suggested, therefore, that all previous memory should be erased from oil samples 
before tests are conducted in order to produce reliable results.  

� The cross polarization microscope-measured wax dissolution temperature is higher 
than WAT for all tested oil samples though they should be the same under true 
thermodynamic equilibrium. 

� The Alaska North Slope (ANS) waxy crude oils that were tested are found to have 
high WAT (as high as 40°C/104°F). The implication of this is that wax begins to 
precipitate at such high temperature any time oil temperature drops to that value. This 
could be a serious problem given the arctic nature of the environment, where the 
tubing wall temperature could easily drop due to considerable heat loss to the 
environment.  

� Although the ANS oil samples have shown high WAT, pour points measured are 
remarkably low, in the range of 12°C - <-31°C (53.6°F - <-23.8°F). Oil gelling is,
therefore, not a likely problem given the recorded low pour points.  

� Both density and viscosity of crude oil increase below WAT as wax begins to 
precipitate. Viscosity increases more significantly than density below WAT. 

� The freezing point depression principle was successfully used to determine the 
molecular weight of STO samples as well as flashed live oil samples. The results 
obtained from Cryette A are accurate and reproducible. 

� The zero flash liberation process was successfully demonstrated using the new setup 
developed in the lab to measure gas-oil ratio of live oil samples. 
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� The replacement of an end cap with a mixer on the sample side saved the time 
required for equilibrium between two phases during the PVT tests.  

� The replacement of a flat piston with a tapered piston in the PVT cell helped to 
measure the saturation pressure more accurately. 

� A change of cathometer improved the accuracy of readings; hence, more accurate 
data could be generated. The smallest gas bubble could be visually observed using the 
new cathometer, which was not distinctly possible using the old one. 

� The gas-oil separator introduced in-line for the gas collection system during the 
differential liberation experiment reduced the carry-over of oil; hence, cleaner gas 
was collected in the gas cylinder which gave better gas compositions and better 
results.  

� Composition 
o Crudes with spread out composition tend to deposit harder waxes. 
o Crudes with rapidly decreasing composition tend to gel. 

� High wax content of crudes with large C5 to C9 fractions is in agreement with work 
done by Pan, Firoozabaadi, and Fotland (1997). 

� Crude oil can be directly injected to a GC. 

� The comparison of Won’s model and Pedersen’s model showed that Won’s model 
overestimates the amount of wax precipitated, but predicts the WAT more accurately
than Pedersen’s model. Predictions for the amount of wax precipitated by Pedersen’s 
model are superior to those from Won’s model. 

� The reason for overestimation of the amount of wax precipitated using Won’s model 
was due to the model not being able to distinguish between wax-forming and non-
wax-forming components in a carbon fraction. 

� Limitations of Pedersen’s predictions were due to the description of the wax phase as 
an ideal solution. 

� Won’s model was modified to distinguish between the wax-forming and non-wax-
forming components. Also, a provision was made to account for change in the 
volume when a component in the liquid state transforms into a solid state. 

� A comparison of the modified Won’s model and the other models indicated that 
overall predictions from the modified model are better. However, WAT predictions 
from the original Won’s model are superior.

� The reason for better predictions from the modified Won’s model is more accurate 
description of the phases due to consideration of non-ideality, distinction between the 
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wax-forming and non-wax-forming components, and accounting for the change in 
volume during the solidification process. 

� Another advantage of the modified model is that it is less calculation intensive, hence, 
easy to tune to experimental results when compared to Pedersen’s model. 

� The inability of the modified model to account for change in heat capacity during the 
solidification process and to accurately describe the thermo-physical properties 
corresponding to solid habits of the wax crystals was the main reason for deviation 
between the experimental and predicted data.
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Appendix A
Stock Tank Oil Density Results

Table A1. Density of oil samples at different temperatures

Temp (oC) 15 16 18 20 23 25 30 35
sample no

1 0.7971 0.7964 0.795 0.7937 0.7918 0.7907 0.7882 0.7856
2 0.7942 0.7936 0.7921 0.7907 0.7887 0.7874 0.7848 0.782
3 0.7951 0.7945 0.7935 0.7921 0.7898 0.7886 0.786 0.7833
4 0.8359 0.835 0.8328 0.831 0.8267 0.8246 0.8201 0.813
5 0.8555 0.8545 0.8516 0.8486 0.8452 0.8444 0.8391 0.8327
6 0.8289 0.8279 0.8251 0.8234 0.8206 0.818 0.8117 0.8045
7 0.7975 0.7969 0.7956 0.7943 0.7924 0.7914 0.789 0.7864
8 0.8449 0.8443 0.843 0.8417 0.84 0.8389 0.8368 0.8345
9 0.7561 0.7554 0.7538 0.7522 0.75 0.7485 0.7456 0.7423
10 0.874 0.8733 0.872 0.8707 0.8688 0.8678 0.8655 0.8633
11 0.7481 0.7474 0.7451 0.743 0.7402 0.738 0.733 0.7255
12 0.7578 0.7569 0.755 0.7531 0.7501 0.7482 0.7434 0.7368
13 0.8621 0.8613 0.8599 0.8585 0.8567 0.8556 0.8533 0.8509
14 0.8746 0.874 0.8724 0.8711 0.8692 0.8681 0.866 0.8636
16 0.9382 0.9376 0.9365 0.9354 0.934 0.9331 0.9314 0.9296
17 0.9321 0.9315 0.9301 0.9291 0.9274 0.9265 0.9247 0.9227
18 0.7654 0.7645 0.7623 0.7602 0.7569 0.7545 0.7493 0.7424
19 0.7581 0.7574 0.7557 0.7541 0.7514 0.7494 0.7447 0.7381
20 0.7602 0.7592 0.7573 0.7553 0.7524 0.7503 0.7457 0.739
21 0.7644 0.7635 0.7615 0.759 0.7557 0.7534 0.7484 0.7413
22 0.7603 0.7595 0.758 0.7557 0.752 0.7492 0.7446 0.7375
23 0.8359 0.8351 0.8338 0.8324 0.8305 0.8293 0.8268 0.8243
24 0.8341 0.8335 0.8321 0.8307 0.8289 0.8279 0.8257 0.8232
25 0.8376 0.8368 0.8355 0.8342 0.8323 0.831 0.8278 0.8226
26 0.8339 0.833 0.8316 0.8302 0.8283 0.8271 0.8246 0.8221
27 0.8363 0.8355 0.834 0.8326 0.8306 0.8295 0.8271 0.8244
28 0.8332 0.8325 0.8311 0.8298 0.8279 0.8267 0.8244 0.8217
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Appendix B 
Stock Tank Oil Viscosity Results

Table B1. Oil samples 01, 02, and 03 viscosities at different temperatures

S/ 01 S/ 02 S/ 03
Temperature Viscosity Temperature Viscosity Temperature Viscosity

oC cP oC cP oC cP
59.1 1.3 59.0 1.26 59.1 1.32
58.2 1.3 58.2 1.27 58.2 1.32
57.2 1.32 57.2 1.29 57.1 1.33
56.1 1.35 56.2 1.3 56.2 1.35
55.2 1.36 55.1 1.33 55.1 1.36
54.1 1.36 54.1 1.33 54.1 1.41
53.1 1.41 53.1 1.35 53.1 1.41
52.1 1.42 52.1 1.36 52.1 1.42
51.1 1.44 51.1 1.39 51.1 1.44
50.1 1.44 50.1 1.39 50.1 1.44
49.0 1.48 49.1 1.42 49.1 1.5
48.0 1.5 48.0 1.44 48.1 1.51
47.0 1.51 47.0 1.45 47.0 1.53
46.0 1.54 46.0 1.47 46.0 1.56
45.0 1.56 45.0 1.5 45.0 1.59
44.2 1.59 44.1 1.51 44.1 1.6
43.1 1.6 43.1 1.54 43.1 1.6
42.1 1.62 42.1 1.56 42.1 1.66
41.1 1.63 41.1 1.56 41.1 1.69
40.1 1.68 40.0 1.57 40.1 1.71
39.1 1.69 39.1 1.6 39.2 1.74
38.1 1.71 38.1 1.63 38.1 1.77
37.1 1.71 37.0 1.65 37.1 1.77
36.1 1.77 36.0 1.66 36.1 1.83
35.1 1.78 35.0 1.69 35.1 1.83
34.1 1.8 34.1 1.72 34.1 1.83
33.1 1.81 33.0 1.74 33.1 1.87
32.1 1.87 32.1 1.77 32.1 1.87
31.1 1.87 31.0 1.78 31.1 1.89
30.0 1.92 30.0 1.81 30.0 1.95
29.1 1.95 29.1 1.86 29.1 1.98
28.1 1.95 28.1 1.92 28.1 2.01
27.1 1.99 27.0 1.93 27.1 2.05
26.1 2.05 26.0 1.98 26.0 2.07
25.0 2.07 25.0 2.01 25.0 2.08
24.0 2.11 24.0 2.04 24.1 2.13
23.0 2.13 22.9 2.08 23.0 2.17
22.0 2.17 21.9 2.11 22.0 2.2
20.9 2.23 20.9 2.16 20.9 2.23
19.9 2.25 19.8 2.22 19.9 2.29
19.1 2.31 19.1 2.23 19.1 2.35
18.1 2.32 18.1 2.28 18.1 2.37
17.0 2.37 16.9 2.32 17.0 2.41
16.0 2.43 16.0 2.37 16.0 2.46
15.0 2.52 15.0 2.41 15.0 2.5
14.0 2.53 14.0 2.46 14.0 2.55
13.0 2.58 13.0 2.53 13.0 2.58
12.0 2.62 12.0 2.58 12.0 2.65
11.1 2.68 10.9 2.64 10.9 2.7
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Table B2: Oil samples 04, 05, and 06 viscosities at different temperatures

S/ 04 S/ 05 S/ 06
Temperature Viscosity TTemperature VViscosity TTemperature VViscosity

oC cP oC ccP oC ccP
59.1 2.77 59.2 3.7 59.1 2.26

58.2 2.79 58.2 3.75 58.1 2.29

57.2 2.79 57.2 3.82 57.2 2.34

56.2 2.81 56.2 3.89 56.1 2.38

55.2 2.88 55.2 3.98 55.2 2.44

54.2 2.91 54.1 4.05 54.2 2.49

53.2 2.95 53.1 4.12 53.2 2.53

52.2 3 52.2 4.22 52.1 2.59

51.1 3.05 51.1 4.34 51.1 2.65

50.1 3.12 50.1 4.41 50.1 2.7

49.1 3.16 49.1 4.5 49.0 2.74

48.1 3.23 48.1 4.59 48.1 2.8

47.0 3.3 47 4.71 47.0 2.86

46.1 3.37 46 4.83 46.0 2.91

45.0 3.44 45 4.94 45.0 2.98

44.0 3.49 44.2 5.06 44.1 3.06

43.2 3.59 43.1 5.2 43.1 3.1

42.2 3.63 42.1 5.32 42.1 3.19

41.2 3.7 41.1 5.46 41.1 3.25

40.1 3.8 40.1 5.58 40.1 3.34

39.2 3.87 39.2 5.72 39.1 3.4

38.1 3.94 38.2 5.9 38.1 3.48

37.1 4.03 37.1 6.05 37.1 3.58

36.1 4.12 36.1 6.23 36.1 3.67

35.1 4.19 35.1 6.54 35.1 3.75

34.1 4.29 34.1 6.89 34.1 3.85

33.1 4.38 33.1 7.29 33.1 3.94

32.1 4.48 32.1 7.71 32.1 4.03

31.1 4.59 31.1 8.15 31.1 4.15

30.0 4.71 30.1 8.65 30.1 4.26

29.1 4.85 29.1 9.14 29.1 4.36

28.1 5.06 28.1 9.68 28.1 4.53

27.0 5.3 27 10.2 27.0 4.77

26.1 5.53 26 10.8 26.1 4.96

25.0 5.76 25 11.4 25.0 5.16

24.0 6.02 24 12 24.0 5.37

22.9 6.3 23 12.7 23.0 5.56

21.9 6.56 22 13.4 21.9 5.76

20.9 6.84 20.9 14.1 20.9 5.97

19.9 7.12 19.9 14.9 19.9 6.19

19.0 7.45 19 15.7 19.1 6.43

18.0 7.8 18 16.6 18.1 6.66

17.1 8.15 17 17.6 17.0 6.91

16.0 8.55 16 18.7 16.0 7.2

15.0 8.95 15 19.9 15.0 7.48

14.0 9.44 14 21.3 14.0 7.8

13.0 9.96 13.1 22.8 13.0 8.14

12.0 10.5 12.0 8.49

11.0 11.2 11.0 8.89

9.9 11.8 10.0 9.31

9.1 12.6 9.2 9.79

8.0 13.5 7.9 10.3
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Table B3. Oil samples 07, 08, and 10 viscosities at different temperatures

S/ 07 S/ 08 S/ 10
Temperature Viscosity Temperature Viscosity Temperature Viscosity

oC cP oC cP oC cP
59.1 1.4 59.1 3.14 59.1 4.71
58.3 1.4 58.2 3.21 58.2 4.76
57.1 1.4 57.2 3.26 57.2 4.85
56.2 1.4 56.2 3.33 56.2 4.92
55.2 1.4 55.1 3.37 55.2 5.04
54.1 1.4 54.1 3.44 54.1 5.18
53.1 1.4 53.1 3.49 53.2 5.27
52.1 1.4 52.1 3.59 52.1 5.39
51.1 1.4 51.1 3.66 51.1 5.51
50.1 1.4 50.1 3.73 50.1 5.65
49.1 1.5 49.1 3.8 49.1 5.79
48.1 1.5 48.1 3.89 48.1 5.95
47.0 1.5 47.0 3.96 47.0 6.09
46.0 1.5 46.0 4.05 46.0 6.23
45.0 1.5 45.0 4.1 45.0 6.4
44.2 1.5 44.0 4.19 44.2 6.54
43.1 1.6 43.2 4.26 43.2 6.75
42.1 1.6 42.1 4.36 42.2 6.91
41.1 1.6 41.1 4.43 41.1 7.1
40.1 1.6 40.1 4.55 40.1 7.29
39.1 1.7 39.1 4.69 39.1 7.52
38.1 1.7 38.1 4.76 38.1 7.73
37.1 1.7 37.1 4.85 37.1 8.08
36.1 1.7 36.1 4.99 36.1 8.37
35.1 1.7 35.1 5.08 35.0 8.62
34.1 1.8 34.1 5.23 34.1 8.93
33.1 1.8 33.1 5.41 33.1 9.23
32.1 1.8 32.1 5.51 32.1 9.58
31.1 1.8 31.1 5.67 31.1 9.89
30.0 1.9 30.1 5.79 30.0 10.2
29.2 1.9 29.1 5.95 29.1 10.6
28.1 2.0 28.1 6.12 28.1 11
27.1 2.0 27.1 6.26 27.0 11.4
26.1 2.0 26.1 6.44 26.0 11.8
25.1 2.0 25.1 6.65 25.0 12.2
24.0 2.1 24.0 6.89 24.0 12.7
23.0 2.1 23.0 7.08 23.0 13.1
21.9 2.2 22.0 7.31 21.9 13.6
20.9 2.2 21.0 7.52 20.9 14.1
19.9 2.2 19.9 7.85 19.9 14.7
19.1 2.3 19.1 8.06 19.1 15.2
18.1 2.3 18.1 8.32 18.1 15.8
17.0 2.4 17.1 8.67 17.0 16.5
16.0 2.4 16.0 8.95 16.0 17.2
15.0 2.5 15.0 9.3 15.0 17.9
14.1 2.5 14.1 9.7 14.0 18.7
13.1 2.5 13.0 10.1 13.0 19.5
12.0 2.6 12.0 10.6 12.0 20.5
10.9 2.7 11.0 11.2 11.0 21.5
10.0 2.7 9.9 11.8 10.0 22.6
9.1 2.8 8.9 12.4 9.2 
8.3 2.9 8.1 13.1
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Table B4. Oil samples 13, 14, and 16 viscosities at different temperatures

S/ 13 S/ 14 S/ 16
Temperature Viscosity Temperature Viscosity Temperature Viscosity

oC cP oC cP oC cP
59.1 4.5 59.1 6.12 59.3 28.9
58.2 4.57 58.3 6.23 58.4 29.2
57.2 4.69 57.2 6.4 57.4 29.4
56.3 4.78 56.3 6.54 56.4 29.7
55.3 4.87 55.3 6.7 55.4 30.1
54.2 4.99 54.3 6.87 54.4 30.8
53.2 5.08 53.3 7.03 53.4 31.6
52.2 5.23 52.3 7.22 52.4 32.3
51.3 5.32 51.3 7.38 51.3 33.4
50.2 5.44 50.3 7.59 50.4 34.5
49.2 5.53 49.2 7.78 49.3 35.8
48.2 5.67 48.3 7.99 48.3 37
47.3 5.81 47.3 8.2 47.3 38.3
46.2 5.95 46.2 8.44 46.3 39.8
45.2 6.12 45.2 8.72 45.4 41.4
44.2 6.26 44.3 8.95 44.3 43
43.4 6.42 43.4 9.23 43.5 44.7
42.4 6.56 42.4 9.49 42.5 46.6
41.4 6.75 41.4 9.79 41.5 48.4
40.4 6.91 40.4 10.1 40.5 50.3
39.4 7.12 39.4 10.4 39.5 52.5
38.5 7.33 38.5 10.7 38.5 54.7
37.4 7.52 37.5 11.1 37.5 57
36.5 7.73 36.5 11.4 36.6 59.5
35.4 7.97 35.5 11.8 35.5 62.3
34.5 8.22 34.5 12.2 34.5 65.3
33.6 8.46 33.6 12.6 33.6 68.6
32.5 8.72 32.5 13.1 32.7 72.2
31.5 9 31.5 13.5 31.6 75.8
30.5 9.3 30.6 14 30.6 79.8
29.5 9.61 29.5 14.6 29.6 84
28.6 9.91 28.6 15.1 28.7 88.7
27.5 10.3 27.6 15.7 27.7 94
26.6 10.6 26.6 16.4 26.7 99.5
25.6 11 25.6 17.1 25.7 105.4
24.6 11.3 24.6 17.8 24.7 112
23.6 11.7 23.6 18.6 23.7 118.9
22.6 12.2 22.5 19.4 22.7 126.4
21.5 12.6 21.5 20.3 21.6 134.7
20.6 13.1 20.5 21.3 20.6 143.4
19.6 13.6 19.6 22.4 19.6 153.6
18.7 14.2 18.7 23.6
17.7 14.8
16.7 15.4
15.7 16.1
14.7 17
13.8 18
12.8 18.9
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Table B5. Oil samples 17, 23, and 24 viscosities at different temperatures

S/ 17 S/ 23 S/ 24
Temperature Viscosity Temperature Viscosity Temperature Viscosity

oC cP oC cP oC cP
59.1 26.6 59.1 2.69 59.1 2.46
58.3 26.7 58.3 2.72 58.2 2.5
57.3 27.2 57.2 2.77 57.2 2.53
56.3 27.8 56.1 2.79 56.2 2.58
55.2 28.4 55.2 2.84 55.2 2.62
54.3 29.4 54.2 2.91 54.2 2.68
53.2 30.3 53.1 2.93 53.2 2.73
52.2 31.2 52.2 2.98 52.1 2.79
51.2 32.2 51.1 3.05 51.1 2.83
50.1 33.3 50.1 3.09 50.1 2.89
49.1 34.5 49.1 3.14 49.1 2.95
48.1 35.8 48.1 3.19 48.1 3.01
47.1 37.2 47.0 3.26 47.0 3.07
46.0 38.7 46.0 3.33 46.0 3.13
45.0 40.3 45.0 3.4 45.0 3.21
44.1 41.9 44.2 3.47 44.2 3.27
43.2 43.7 43.2 3.51 43.1 3.34
42.1 45.5 42.1 3.61 42.1 3.42
41.1 47.5 41.1 3.66 41.1 3.49
40.1 49.7 40.0 3.73 40.1 3.57
39.2 51.7 39.2 3.8 39.2 3.66
38.2 54.2 38.2 3.87 38.2 3.73
37.1 56.7 37.1 3.96 37.1 3.82
36.1 59.5 36.0 4.03 36.0 3.93
35.1 62.3 35.1 4.1 35.1 4
34.1 65.6 34.1 4.19 34.1 4.11
33.1 69.2 33.1 4.31 33.1 4.2
32.1 72.8 32.1 4.38 32.1 4.3
31.1 76.7 31.0 4.5 31.1 4.41
30.0 80.9 30.0 4.59 30.0 4.53
29.2 85.5 29.1 4.71 29.1 4.65
28.1 90.4 28.1 4.85 28.1 4.78
27.1 95.9 27.0 4.99 27.0 4.92
26.1 101.5 26.1 5.11 26.1 5.05
25.1 107.9 25.1 5.25 25.0 5.19
24.0 114.8 24.0 5.41 23.9 5.35
23.0 122.5 23.0 5.55 22.9 5.52
22.0 130.8 22.0 5.72 21.9 5.68
21.0 139.7 20.9 5.88 20.9 5.85
19.9 149.8 19.8 6.07 19.9 6.03

19.1 6.26 19.1 6.22
18.1 6.44 18.1 6.43
17.0 6.68 17.0 6.66
16.0 6.91 16.0 6.9
15.0 7.19 15.0 7.15
14.0 7.45 14.0 7.42
13.0 7.76 13.0 7.72
12.0 8.04 12.0 8.05
11.0 8.41 10.9 8.43
9.9 8.79 19.9 6.03
8.9 9.23 8.9 9.21
7.9 9.68 8.1 9.63
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Table B6. Oil samples 25, 26, and 27 viscosities at different temperatures

S/ 25 S/ 26 S/ 27
Temperature Viscosity Temperature Viscosity Temperature Viscosity

oC cP oC cP oC cP
59.1 2.53 59.1 2.65 59.1 2.65
58.3 2.56 58.2 2.67 58.2 2.69
57.2 2.61 57.2 2.72 57.2 2.74
56.2 2.65 56.2 2.77 56.2 2.77
55.2 2.71 55.2 2.81 55.2 2.81
54.2 2.77 54.1 2.86 54.1 2.86
53.2 2.82 53.1 2.91 53.1 2.91
52.1 2.85 52.1 2.98 52.2 2.95
51.1 2.92 51.1 3.02 51.1 3.02
50.1 2.95 50.1 3.07 50.1 3.07
49.1 3.01 49.0 3.14 49.1 3.14
48.1 3.1 48.0 3.21 48.1 3.19
47.0 3.13 47.0 3.28 47.0 3.23
46.0 3.22 46.0 3.33 46.0 3.3
45.0 3.3 45.0 3.4 45.0 3.37
44.0 3.36 44.1 3.47 44.2 3.44
43.1 3.45 43.1 3.56 43.2 3.51
42.1 3.51 42.1 3.63 42.1 3.59
41.1 3.57 41.0 3.7 41.1 3.68
40.1 3.61 40.0 3.77 40.1 3.73
39.1 3.75 39.1 3.84 39.2 3.8
38.1 3.81 38.1 3.89 38.1 3.87
37.1 3.9 37.1 3.96 37.1 3.91
36.1 3.94 36.0 4.03 36.1 4.01
35.0 4.06 35.1 4.1 35.1 4.08
34.1 4.18 34.1 4.19 34.1 4.17
33.1 4.29 33.1 4.29 33.1 4.26
32.1 4.36 32.0 4.36 32.1 4.36
31.1 4.47 31.1 4.48 31.1 4.48
30.0 4.57 30.1 4.57 30.0 4.57
29.1 4.71 29.1 4.69 29.1 4.69
28.1 4.86 28.1 4.8 28.1 4.83
27.1 4.96 27.1 4.92 27.1 4.97
26.0 5.14 26.0 5.08 26.0 5.11
25.0 5.26 25.0 5.23 25.1 5.23
24.0 5.4 23.9 5.34 23.9 5.39
22.9 5.59 23.0 5.48 23.0 5.55
22.0 5.73 21.9 5.65 21.9 5.72
20.9 5.91 20.8 5.83 21.0 5.88
20.0 6.1 19.9 6 19.9 6.02
19.1 6.33 19.1 6.19 19.1 6.23
18.1 6.49 18.0 6.35 18.1 6.47
17.0 6.7 17.0 6.58 17.0 6.7
15.9 6.97 16.0 6.82 16.0 6.91
14.9 7.21 15.0 7.05 15.0 7.19
13.8 7.53 14.0 7.31 14.0 7.47
12.9 7.78 13.0 7.62 13.0 7.78
12.1 8.08 12.0 7.92 12.0 8.11
11.0 8.47 10.9 8.25 11.0 8.46
9.8 8.89 10.0 8.62 9.9 8.86
9.4 9.22 9.2 9 9.1 9.3
7.9 9.75 8.1 9.47 7.9 9.77
7.1 10.2 6.8 9.98 6.9 10.3
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Table B7. Oil sample 28 viscosities at different temperatures

S/ 28
Temperature Viscosity

oC cP
59.1 2.62
58.3 2.65
57.2 2.67
56.2 2.74
55.2 2.77
54.2 2.81
53.1 2.84
52.1 2.88
51.2 2.93
50.1 2.98
49.1 3.02
48.1 3.12
47.0 3.16
46.0 3.21
45.1 3.28
44.0 3.35
43.2 3.42
42.2 3.49
41.1 3.56
40.1 3.66
39.1 3.73
38.1 3.8
37.1 3.87
36.1 3.94
35.1 4.01
34.1 4.1
33.1 4.19
32.1 4.29
31.1 4.41
30.0 4.5
29.1 4.62
28.2 4.73
27.0 4.87
26.0 5.01
25.0 5.16
24.0 5.3
23.0 5.44
21.9 5.58
21.0 5.74
19.9 5.9
19.1 6.12
18.1 6.3
17.0 6.51
16.0 6.77
15.0 7.01
14.1 7.29
13.0 7.57
12.0 7.9
11.0 8.25
9.9 8.62
9.0 9.04
7.9 9.49
6.9 9.94
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Appendix C
Viscometry Wax Appearance Temperature Plots

Figure C1: Sample 01 viscometry WAT plot.

Figure C2: Sample 02 viscometry WAT plot.
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Figure C3: Sample 03 viscometry WAT plot.

Figure C4: Sample 04 viscometry WAT plot.
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Figure C5: Sample 05 viscometry WAT plot.

Figure C6: Sample 06 viscometry WAT plot.
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Figure C7: Sample 07 viscometry WAT plot.

Figure C8: Sample 08 viscometry WAT plot.
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Figure C9: Sample 10 viscometry WAT plot.

Figure C10: Sample 13 viscometry WAT plot.
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Figure C11: Sample 14 viscometry WAT plot.

Figure C12: Sample 16 viscometry WAT plot.
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Figure C13: Sample 17 viscometry WAT plot.

Figure C14: Sample 23 viscometry WAT plot.
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Figure C15: Sample 24 viscometry WAT plot.

Figure C16: Sample 25 viscometry WAT plot.
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Figure C17: Sample 26 viscometry WAT plot.

Figure C18: Sample 27 viscometry WAT plot.

Sample 26

0.5

1

1.5

2

2.5

3

0.003 0.0031 0.0032 0.0033 0.0034 0.0035 0.0036 0.0037

1/T (1/K)

LN
 V

IS
C

O
SI

TY

Spindle: SC4-21
RPM:      200
Temp range: 60 to 0 deg C

WAT = 32.0 deg C

Sample 27

0

0.5

1

1.5

2

2.5

3

0.003 0.0031 0.0032 0.0033 0.0034 0.0035 0.0036 0.0037

1/T (1/K)

LN
 V

IS
C

O
SI

TY

Spindle: SC4-21
RPM:      200
Temp range: 60 to 0 deg C

WAT = 34.1 deg C



198

Figure C19: Sample 28 viscometry WAT plot.
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Appendix D
Effect of Cooling Rate on WAT 

Figure D1: WAT plot for sample 04 at 3°C/min.

Figure D2: WAT plot for sample 04 at 1°C/min.
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Figure D3: WAT plot for sample 04 at 0.25°C/min.

Figure D4: WAT plot for sample 05 at 3°C/min.
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Figure D5: WAT plot for sample 05 at 1°C/min.

Figure D6: WAT plot for sample 05 at 0.25°C/min.
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Figure D7: WAT plot for sample 06 at 3°C/min.

Figure D8: WAT plot for sample 06 at 1°C/min.
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Figure D9: WAT plot for sample 06 at 0.25°C/min.
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Appendix E
Side-by-Side Sample Comparison
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Appendix F
Dead Oil Composition

Table F1. Oil sample 1                            Table F2. Oil sample 2

Oil Sample 1
Mol % Mol %

C5 0.00 C33 0.51
C6 0.00 C34 0.69
C7 0.00 C35 0.38
C8 0.00 C36 0.20
C9 0.00 C37 0.13
C10 0.00 C38 0.20
C11 15.99 C39 0.08
C12 17.01 C40 0.06
C13 10.22 C41 0.04
C14 12.44 C42 0.03
C15 5.89 C43 0.00
C16 5.14 C44 0.00
C17 3.53 C45 0.00
C18 3.50 C46 0.00
C19 3.07 C47 0.00
C20 2.78 C48 0.00
C21 2.18 C49 0.00
C22 2.28 C50 0.00
C23 2.15 C51 0.00
C24 2.02 C52 0.00
C25 2.13 C53 0.00
C26 1.74 C54 0.00
C27 1.67 C55 0.00
C28 1.22 C56 0.00
C29 0.97 C57 0.00
C30 0.72 C58 0.00
C31 0.55 C59 0.00
C32 0.46 C60 0.00

Oil Sample 2
Mol % Mol %

C5 0.00 C33 0.32
C6 0.00 C34 0.36
C7 0.00 C35 0.20
C8 0.00 C36 0.12
C9 0.00 C37 0.15
C10 10.90 C38 0.17
C11 13.69 C39 0.10
C12 16.71 C40 0.12
C13 9.17 C41 0.05
C14 12.66 C42 0.04
C15 6.32 C43 0.00
C16 5.61 C44 0.00
C17 3.83 C45 0.00
C18 3.71 C46 0.00
C19 2.36 C47 0.00
C20 2.51 C48 0.00
C21 1.67 C49 0.00
C22 1.75 C50 0.00
C23 1.44 C51 0.00
C24 1.20 C52 0.00
C25 1.16 C53 0.00
C26 0.98 C54 0.00
C27 0.75 C55 0.00
C28 0.59 C56 0.00
C29 0.53 C57 0.00
C30 0.37 C58 0.00
C31 0.25 C59 0.00
C32 0.23 C60 0.00
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Table F3. Oil sample 4                 Table F4. Oil sample 5

Oil Sample 5
Mol % Mol %

C5 0.17 C33 0.26
C6 2.77 C34 0.41
C7 1.77 C35 0.29
C8 2.59 C36 0.35
C9 2.56 C37 0.30
C10 9.28 C38 0.48
C11 10.68 C39 0.23
C12 13.87 C40 0.48
C13 7.78 C41 0.23
C14 8.09 C42 0.26
C15 5.26 C43 0.24
C16 4.25 C44 0.29
C17 3.04 C45 0.23
C18 3.23 C46 0.17
C19 2.28 C47 0.26
C20 2.75 C48 0.15
C21 2.08 C49 0.19
C22 2.39 C50 0.10
C23 1.76 C51 0.00
C24 1.96 C52 0.00
C25 1.37 C53 0.00
C26 1.83 C54 0.00
C27 0.74 C55 0.00
C28 0.88 C56 0.00
C29 0.57 C57 0.00
C30 0.46 C58 0.00
C31 0.34 C59 0.00
C32 0.35 C60 0.00

Oil Sample 4
Mol % Mol %

C5 3.23 C33 0.29
C6 5.22 C34 0.27
C7 1.75 C35 0.22
C8 1.52 C36 0.17
C9 1.36 C37 0.12
C10 2.36 C38 0.07
C11 17.61 C39 0.06
C12 10.52 C40 0.15
C13 8.91 C41 0.05
C14 7.01 C42 0.02
C15 6.47 C43 0.01
C16 4.89 C44 0.24
C17 3.93 C45 0.02
C18 3.53 C46 0.00
C19 3.51 C47 0.00
C20 2.73 C48 0.00
C21 2.22 C49 0.00
C22 2.14 C50 0.28
C23 1.97 C51 0.00
C24 1.42 C52 0.00
C25 1.42 C53 0.00
C26 1.11 C54 0.00
C27 0.97 C55 0.00
C28 0.59 C56 0.00
C29 0.66 C57 0.00
C30 0.36 C58 0.00
C31 0.36 C59 0.00
C32 0.25 C60 0.29
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Table F5. Oil sample 6 Table F6. Oil sample 7

Oil Sample 6
Mol % Mol %

C5 0.21 C33 0.19
C6 0.24 C34 0.27
C7 1.87 C35 0.15
C8 2.45 C36 0.14
C9 2.40 C37 0.08
C10 1.86 C38 0.11
C11 16.15 C39 0.08
C12 19.06 C40 0.09
C13 9.81 C41 0.04
C14 10.44 C42 0.03
C15 5.51 C43 0.02
C16 6.45 C44 0.05
C17 2.96 C45 0.00
C18 3.54 C46 0.00
C19 2.29 C47 0.01
C20 2.72 C48 0.00
C21 1.61 C49 0.00
C22 1.97 C50 0.08
C23 1.18 C51 0.00
C24 1.39 C52 0.00
C25 0.90 C53 0.00
C26 1.12 C54 0.00
C27 0.58 C55 0.00
C28 0.67 C56 0.00
C29 0.38 C57 0.00
C30 0.39 C58 0.00
C31 0.23 C59 0.00
C32 0.26 C60 0.04

Oil Sample 7
Mol % Mol %

C5 0.00 C33 0.11
C6 0.00 C34 0.09
C7 0.00 C35 0.10
C8 0.00 C36 0.08
C9 0.00 C37 0.05
C10 2.05 C38 0.03
C11 26.99 C39 0.03
C12 15.43 C40 0.09
C13 11.96 C41 0.02
C14 10.01 C42 0.04
C15 6.59 C43 0.02
C16 5.37 C44 0.03
C17 3.67 C45 0.01
C18 3.68 C46 0.01
C19 2.26 C47 0.01
C20 2.50 C48 0.01
C21 1.57 C49 0.01
C22 1.75 C50 0.01
C23 1.07 C51 0.00
C24 1.11 C52 0.00
C25 0.73 C53 0.00
C26 0.79 C54 0.00
C27 0.44 C55 0.00
C28 0.43 C56 0.00
C29 0.29 C57 0.00
C30 0.26 C58 0.00
C31 0.16 C59 0.00
C32 0.15 C60 0.00
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Table F7. Oil sample 8                                         Table F8. Oil sample 10

Oil Sample 8
Mol % Mol %

C5 2.71 C33 0.15
C6 9.19 C34 0.25
C7 3.72 C35 0.13
C8 3.96 C36 0.10
C9 2.92 C37 0.09
C10 10.29 C38 0.12
C11 10.37 C39 0.07
C12 13.24 C40 0.09
C13 6.75 C41 0.06
C14 7.17 C42 0.06
C15 4.10 C43 0.04
C16 3.76 C44 0.04
C17 2.73 C45 0.02
C18 2.64 C46 0.05
C19 2.33 C47 0.02
C20 2.07 C48 0.04
C21 1.55 C49 0.01
C22 1.73 C50 0.04
C23 1.30 C51 0.00
C24 1.32 C52 0.00
C25 1.02 C53 0.00
C26 1.13 C54 0.00
C27 0.64 C55 0.00
C28 0.66 C56 0.00
C29 0.46 C57 0.00
C30 0.40 C58 0.00
C31 0.27 C59 0.00
C32 0.21 C60 0.00

Oil Sample 10
Mol % Mol %

C5 0.00 C33 0.22
C6 0.00 C34 0.35
C7 0.00 C35 0.29
C8 0.00 C36 0.28
C9 0.00 C37 0.22
C10 0.00 C38 0.32
C11 24.46 C39 0.21
C12 13.85 C40 0.37
C13 9.15 C41 0.20
C14 8.62 C42 0.20
C15 5.86 C43 0.14
C16 4.97 C44 0.24
C17 6.65 C45 0.14
C18 3.61 C46 0.12
C19 3.33 C47 0.06
C20 3.04 C48 0.04
C21 2.04 C49 0.04
C22 2.11 C50 0.10
C23 1.52 C51 0.00
C24 1.52 C52 0.00
C25 1.10 C53 0.00
C26 1.30 C54 0.00
C27 0.66 C55 0.00
C28 0.84 C56 0.00
C29 0.72 C57 0.00
C30 0.47 C58 0.00
C31 0.36 C59 0.00
C32 0.28 C60 0.00
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Table F9. Oil sample 11                                              Table F10. Oil sample 12

Oil Sample 11
Mol % Mol %

C5 0.00 C33 0.01
C6 0.00 C34 0.01
C7 0.00 C35 0.00
C8 0.00 C36 0.00
C9 0.00 C37 0.00
C10 24.15 C38 0.00
C11 17.80 C39 0.00
C12 23.13 C40 0.00
C13 10.52 C41 0.00
C14 9.55 C42 0.00
C15 4.57 C43 0.00
C16 3.74 C44 0.00
C17 1.96 C45 0.00
C18 1.74 C46 0.00
C19 0.89 C47 0.00
C20 0.71 C48 0.00
C21 0.37 C49 0.00
C22 0.31 C50 0.00
C23 0.16 C51 0.00
C24 0.14 C52 0.00
C25 0.07 C53 0.00
C26 0.06 C54 0.00
C27 0.03 C55 0.00
C28 0.03 C56 0.00
C29 0.01 C57 0.00
C30 0.01 C58 0.00
C31 0.01 C59 0.00
C32 0.01 C60 0.00

Oil Sample 10
Mol % Mol %

C5 0.00 C33 0.22
C6 0.00 C34 0.35
C7 0.00 C35 0.29
C8 0.00 C36 0.28
C9 0.00 C37 0.22
C10 0.00 C38 0.32
C11 24.46 C39 0.21
C12 13.85 C40 0.37
C13 9.15 C41 0.20
C14 8.62 C42 0.20
C15 5.86 C43 0.14
C16 4.97 C44 0.24
C17 6.65 C45 0.14
C18 3.61 C46 0.12
C19 3.33 C47 0.06
C20 3.04 C48 0.04
C21 2.04 C49 0.04
C22 2.11 C50 0.10
C23 1.52 C51 0.00
C24 1.52 C52 0.00
C25 1.10 C53 0.00
C26 1.30 C54 0.00
C27 0.66 C55 0.00
C28 0.84 C56 0.00
C29 0.72 C57 0.00
C30 0.47 C58 0.00
C31 0.36 C59 0.00
C32 0.28 C60 0.00



215

Table F11. Oil sample 13                                      Table F12. Oil sample 17

Oil Sample 13
Mol % Mol %

C5 0.47 C33 0.25
C6 2.57 C34 0.27
C7 1.17 C35 0.20
C8 1.43 C36 0.21
C9 1.17 C37 0.13
C10 3.13 C38 0.11
C11 7.36 C39 0.11
C12 12.33 C40 0.16
C13 8.88 C41 0.15
C14 12.19 C42 0.13
C15 7.72 C43 0.16
C16 7.59 C44 0.11
C17 5.25 C45 0.09
C18 5.20 C46 0.05
C19 3.52 C47 0.06
C20 3.88 C48 0.00
C21 2.52 C49 0.00
C22 2.51 C50 0.00
C23 1.67 C51 0.00
C24 1.68 C52 0.00
C25 1.16 C53 0.00
C26 1.27 C54 0.00
C27 0.73 C55 0.00
C28 0.80 C56 0.00
C29 0.52 C57 0.00
C30 0.50 C58 0.00
C31 0.31 C59 0.00
C32 0.30 C60 0.00

Oil Sample 17
Mol % Mol %

C5 0.36 C33 0.81
C6 0.21 C34 1.00
C7 0.16 C35 0.32
C8 0.33 C36 0.28
C9 0.49 C37 0.08
C10 1.00 C38 0.26
C11 2.75 C39 0.04
C12 5.90 C40 0.13
C13 4.65 C41 0.09
C14 8.12 C42 0.07
C15 5.70 C43 0.11
C16 7.69 C44 0.17
C17 4.33 C45 0.06
C18 5.75 C46 0.06
C19 6.52 C47 0.05
C20 5.25 C48 0.02
C21 5.86 C49 0.00
C22 4.75 C50 0.00
C23 4.96 C51 0.00
C24 3.56 C52 0.00
C25 4.57 C53 0.00
C26 3.89 C54 0.00
C27 2.89 C55 0.00
C28 1.72 C56 0.00
C29 2.17 C57 0.00
C30 1.08 C58 0.00
C31 1.08 C59 0.00
C32 0.70 C60 0.00
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Table F13. Oil sample 19                                           Table F14. Oil sample 20

Oil Sample 19
Mol % Mol %

C5 0.24 C33 0.01
C6 3.64 C34 0.01
C7 2.11 C35 0.00
C8 3.22 C36 0.01
C9 3.67 C37 0.00
C10 9.50 C38 0.01
C11 13.00 C39 0.00
C12 25.56 C40 0.01
C13 12.92 C41 0.00
C14 12.25 C42 0.01
C15 5.34 C43 0.00
C16 3.78 C44 0.01
C17 1.69 C45 0.00
C18 1.32 C46 0.01
C19 0.61 C47 0.00
C20 0.43 C48 0.01
C21 0.20 C49 0.00
C22 0.16 C50 0.00
C23 0.07 C51 0.00
C24 0.08 C52 0.01
C25 0.04 C53 0.00
C26 0.02 C54 0.00
C27 0.02 C55 0.00
C28 0.03 C56 0.00
C29 0.01 C57 0.00
C30 0.01 C58 0.00
C31 0.01 C59 0.00
C32 0.01 C60 0.00

Oil Sample 20
Mol % Mol %

C5 0.24 C33 0.02
C6 3.82 C34 0.03
C7 2.06 C35 0.02
C8 3.37 C36 0.02
C9 4.00 C37 0.02
C10 8.63 C38 0.01
C11 5.32 C39 0.02
C12 16.71 C40 0.01
C13 13.61 C41 0.02
C14 16.64 C42 0.01
C15 8.77 C43 0.02
C16 6.08 C44 0.01
C17 3.13 C45 0.02
C18 2.17 C46 0.01
C19 1.29 C47 0.02
C20 0.99 C48 0.02
C21 0.51 C49 0.02
C22 0.42 C50 0.00
C23 0.23 C51 0.00
C24 0.23 C52 0.00
C25 0.12 C53 0.00
C26 0.13 C54 0.00
C27 1.04 C55 0.00
C28 0.06 C56 0.00
C29 0.05 C57 0.00
C30 0.03 C58 0.00
C31 0.03 C59 0.00
C32 0.04 C60 0.00
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Table F15. Oil sample 22                                           Table F16. Oil sample 24

Oil Sample 22
Mol % Mol %

C5 0.95 C33 0.01
C6 5.66 C34 0.02
C7 2.55 C35 0.01
C8 2.84 C36 0.01
C9 2.90 C37 0.01
C10 3.97 C38 0.01
C11 9.23 C39 0.01
C12 18.38 C40 0.00
C13 13.86 C41 0.01
C14 12.66 C42 0.00
C15 7.28 C43 0.00
C16 5.79 C44 0.00
C17 3.63 C45 0.01
C18 3.16 C46 0.01
C19 1.84 C47 0.01
C20 1.81 C48 0.01
C21 0.97 C49 0.00
C22 0.86 C50 0.00
C23 0.46 C51 0.00
C24 0.40 C52 0.00
C25 0.21 C53 0.00
C26 0.21 C54 0.00
C27 0.08 C55 0.00
C28 0.08 C56 0.00
C29 0.04 C57 0.00
C30 0.03 C58 0.00
C31 0.01 C59 0.00
C32 0.02 C60 0.00

Oil Sample 24
Mol % Mol %

C5 5.41 C33 0.07
C6 10.83 C34 0.10
C7 3.32 C35 0.08
C8 3.11 C36 0.06
C9 2.79 C37 0.05
C10 10.30 C38 0.06
C11 10.07 C39 0.04
C12 13.79 C40 0.06
C13 7.67 C41 0.04
C14 8.02 C42 0.02
C15 4.03 C43 0.04
C16 4.85 C44 0.02
C17 2.22 C45 0.05
C18 2.77 C46 0.04
C19 1.55 C47 0.03
C20 2.02 C48 0.05
C21 1.02 C49 0.04
C22 1.43 C50 0.00
C23 0.67 C51 0.00
C24 0.92 C52 0.00
C25 0.45 C53 0.00
C26 0.69 C54 0.00
C27 0.26 C55 0.00
C28 0.36 C56 0.00
C29 0.17 C57 0.00
C30 0.22 C58 0.00
C31 0.11 C59 0.00
C32 0.11 C60 0.00
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Oil Sample 7688
Mol % Mol %

C5 0.00 C33 0.16
C6 0.00 C34 0.19
C7 0.00 C35 0.12
C8 0.00 C36 0.08
C9 0.00 C37 0.07
C10 15.55 C38 0.04
C11 12.15 C39 0.02
C12 16.65 C40 0.02
C13 9.07 C41 0.00
C14 11.14 C42 0.00
C15 6.32 C43 0.00
C16 5.73 C44 0.00
C17 3.98 C45 0.00
C18 3.78 C46 0.00
C19 2.49 C47 0.00
C20 2.55 C48 0.00
C21 1.80 C49 0.00
C22 1.79 C50 0.00
C23 1.18 C51 0.00
C24 1.18 C52 0.00
C25 0.76 C53 0.00
C26 0.90 C54 0.00
C27 0.50 C55 0.00
C28 0.51 C56 0.00
C29 0.59 C57 0.00
C30 0.34 C58 0.00
C31 0.20 C59 0.00
C32 0.15 C60 0.00

Table F17. Oil sample 7676                              Table F18. Oil sample 7688 

Oil Sample 7676
Mol % Mol %

C5 5.40 C33 0.07
C6 10.15 C34 0.12
C7 14.39 C35 0.06
C8 15.24 C36 0.04
C9 14.23 C37 0.03
C10 11.10 C38 0.03
C11 4.78 C39 0.00
C12 4.39 C40 0.00
C13 3.44 C41 0.00
C14 2.59 C42 0.00
C15 2.50 C43 0.00
C16 2.21 C44 0.00
C17 1.47 C45 0.00
C18 1.42 C46 0.00
C19 1.23 C47 0.00
C20 0.98 C48 0.00
C21 0.66 C49 0.00
C22 0.68 C50 0.00
C23 0.54 C51 0.00
C24 0.48 C52 0.00
C25 0.30 C53 0.00
C26 0.42 C54 0.00
C27 0.22 C55 0.00
C28 0.24 C56 0.00
C29 0.22 C57 0.00
C30 0.16 C58 0.00
C31 0.10 C59 0.00
C32 0.10 C60 0.00
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Appendix G
Live Oil Compositions

Table G1. Live oil sample 14185                              Table G2. Live oil sample 14186 

Live Oil Sample 14185
mol % mol %

C1 25.99 C24 0.307707

C2 2.66 C25 0.320201

C3 0.99 C26 0.259406

i-C4 0.18 C27 0.215389

C4 0.27 C28 0.158694

i-C5 0.08 C29 0.184189

C5 12.29 C30 0.093728

C6 11.40 C31 0.098845

C7 13.58 C32 0.060165

C8 8.13 C33 0.094189

C9 7.73 C34 0.122862

C10 4.53 C35 0.077754

C11 1.04 C36 0.043018

C12 1.12 C37 0.030569

C13 0.95 C38 0.05588

C14 0.71 C39 0.031263

C15 1.23 C40 0.026445

C16 1.08 C41 0.017507

C17 0.71 C42 0.035317

C18 0.68 C43 0.017394

C19 0.63 C44 0.019524

C20 0.49 C45 0.010688

C21 0.40 C46 0.003999

C22 0.37 C47 0.009796

C23 0.35

Live Oil Sample 14186 
mol % mol %

C1 41.48 C24 0.43 

C2 2.18 C25 0.44 

C3 1.68 C26 0.39 

i-C4 0.38 C27 0.26 

C4 0.71 C28 0.21 

i-C5 0.06 C29 0.22 

C5 0.28 C30 0.13 

C6 7.11 C31 0.12 

C7 7.22 C32 0.07 

C8 8.22 C33 0.08 

C9 4.53 C34 0.12 

C10 4.31 C35 0.06 

C11 2.53 C36 0.03 

C12 2.19 C37 0.02 

C13 3.03 C38 0.03 

C14 1.70 C39 0.02 

C15 2.02 C40 0.02 

C16 1.24 C41 0.01 

C17 1.26 C42 0.01 

C18 0.90 C43 0.01 

C19 0.94 C44 0.01 

C20 0.88 C45 0.01 

C21 0.73 C46 0.01 

C22 0.61 C47 0.00 

C23 0.56 
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Live Oil Sample 7688
mol % mol %

N2 0.94 C19 1.49

C1 33.20 C20 1.26

CO2 1.30 C21 0.96

C2 4.32 C22 0.84

C3 1.76 C23 0.75

i-C4 0.22 C24 0.60

C4 0.37 C25 0.49

neo-C5 0.02 C26 0.49

i-C5 0.14 C27 0.43

C5 0.19 C28 0.30

C6 0.34 C29 0.42

C7 0.40 C30 0.23

C8 1.25 C31 0.13

C9 6.60 C32 0.12

C10 8.55 C33 0.16

C11 5.89 C34 0.25

C12 5.41 C35 0.12

C13 6.07 C36 0.08

C14 4.90 C37 0.07

C15 2.85 C38 0.06

C16 2.61 C39 0.01

C17 1.71 C40 0.02

C18 1.72

Table G3. Live oil sample 7688 
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Appendix H
Wax Samples 

Table H1. Wax sample 2 Table H2. Wax sample 4

Wax Sample 2
Mol % Mol %

C5 0.00 C33 0.00
C6 0.00 C34 0.00
C7 0.00 C35 0.00
C8 0.00 C36 0.00
C9 0.00 C37 0.00
C10 0.00 C38 0.00
C11 0.00 C39 0.00
C12 15.25 C40 0.00
C13 14.14 C41 0.00
C14 13.75 C42 0.00
C15 11.02 C43 0.00
C16 9.96 C44 0.00
C17 6.96 C45 0.00
C18 12.31 C46 0.00
C19 4.06 C47 0.00
C20 3.69 C48 0.00
C21 2.22 C49 0.00
C22 1.90 C50 0.00
C23 1.85 C51 0.00
C24 0.96 C52 0.00
C25 0.50 C53 0.00
C26 0.37 C54 0.00
C27 0.32 C55 0.00
C28 0.34 C56 0.00
C29 0.17 C57 0.00
C30 0.05 C58 0.00
C31 0.13 C59 0.00
C32 0.04 C60 0.00

Wax Sample 4
Mol % Mol %

C5 0.00 C33 1.47
C6 0.00 C34 1.11
C7 0.00 C35 1.03
C8 0.00 C36 1.18
C9 0.00 C37 0.88
C10 0.00 C38 0.81
C11 0.00 C39 0.70
C12 0.81 C40 0.84
C13 0.64 C41 0.50
C14 0.72 C42 0.39
C15 0.54 C43 0.25
C16 0.38 C44 0.38
C17 0.80 C45 0.14
C18 2.73 C46 0.13
C19 5.13 C47 0.13
C20 8.01 C48 0.03
C21 8.13 C49 0.03
C22 9.76 C50 0.26
C23 8.27 C51 0.03
C24 9.17 C52 0.01
C25 7.14 C53 0.01
C26 7.38 C54 0.00
C27 4.90 C55 0.00
C28 4.72 C56 0.00
C29 3.14 C57 0.00
C30 3.21 C58 0.00
C31 2.06 C59 0.00
C32 1.91 C60 0.00
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Table H3. Wax sample 5 Table H4. Wax sample 6

Wax Sample 5
Mol % Mol %

C5 0.00 C33 1.55
C6 0.00 C34 1.36
C7 0.00 C35 1.28
C8 0.00 C36 1.66
C9 0.00 C37 1.46
C10 0.00 C38 1.44
C11 0.00 C39 1.26
C12 0.68 C40 1.63
C13 0.28 C41 1.04
C14 0.56 C42 1.07
C15 0.59 C43 0.83
C16 1.04 C44 0.92
C17 2.85 C45 0.42
C18 5.16 C46 0.41
C19 5.84 C47 0.42
C20 6.92 C48 0.17
C21 6.91 C49 0.17
C22 7.67 C50 0.52
C23 7.02 C51 0.11
C24 7.59 C52 0.05
C25 5.98 C53 0.08
C26 6.76 C54 0.00
C27 3.81 C55 0.00
C28 3.81 C56 0.00
C29 2.49 C57 0.00
C30 2.47 C58 0.00
C31 1.83 C59 0.00
C32 1.92 C60 0.00

Wax Sample 6
Mol % Mol %

C5 0 C33 1.99
C6 0.00 C34 1.70
C7 0.00 C35 1.71
C8 0.00 C36 2.35
C9 0.00 C37 1.56
C10 0.00 C38 1.61
C11 0.00 C39 1.59
C12 0.26 C40 2.19
C13 0.16 C41 1.23
C14 0.63 C42 1.15
C15 0.07 C43 0.76
C16 0.79 C44 1.25
C17 2.90 C45 0.49
C18 4.20 C46 0.57
C19 4.51 C47 0.58
C20 5.57 C48 0.26
C21 5.56 C49 0.26
C22 6.40 C50 0.94
C23 6.00 C51 0.18
C24 6.81 C52 0.08
C25 5.86 C53 0.10
C26 6.69 C54 0.00
C27 4.42 C55 0.00
C28 4.94 C56 0.00
C29 3.40 C57 0.00
C30 3.17 C58 0.00
C31 2.42 C59 0.00
C32 2.69 C60 0.00
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Table H5. Wax sample 8                                  Table H6. Wax sample 10

Wax Sample 8
Mol % Mol %

C5 0.00 C33 2.93
C6 0.00 C34 2.68
C7 0.00 C35 2.11
C8 0.00 C36 0.92
C9 0.00 C37 1.05
C10 0.00 C38 0.84
C11 0.00 C39 0.99
C12 2.45 C40 0.92
C13 1.57 C41 0.76
C14 3.62 C42 0.62
C15 3.82 C43 0.58
C16 3.91 C44 0.46
C17 1.40 C45 0.32
C18 3.81 C46 0.33
C19 5.06 C47 0.34
C20 4.42 C48 0.11
C21 5.18 C49 0.10
C22 5.35 C50 0.02
C23 6.62 C51 0.03
C24 5.55 C52 0.06
C25 6.75 C53 0.04
C26 5.91 C54 0.00
C27 5.08 C55 0.00
C28 3.16 C56 0.00
C29 4.81 C57 0.00
C30 1.68 C58 0.00
C31 2.22 C59 0.00
C32 1.45 C60 0.00

Wax Sample 10
Mol % Mol %

C5 0 C33 1.75
C6 0.00 C34 2.12
C7 0.00 C35 2.07
C8 0.00 C36 2.00
C9 0.00 C37 2.66
C10 0.00 C38 3.37
C11 0.00 C39 3.45
C12 0.77 C40 4.84
C13 0.93 C41 3.72
C14 1.12 C42 2.99
C15 1.49 C43 2.05
C16 1.90 C44 2.14
C17 3.26 C45 1.20
C18 2.71 C46 1.01
C19 3.52 C47 0.89
C20 4.00 C48 0.82
C21 3.52 C49 0.67
C22 4.50 C50 0.70
C23 3.79 C51 0.07
C24 4.78 C52 0.10
C25 3.55 C53 0.11
C26 4.40 C54 0.00
C27 2.82 C55 0.00
C28 3.27 C56 0.00
C29 4.46 C57 0.00
C30 2.56 C58 0.00
C31 2.01 C59 0.00
C32 1.87 C60 0.02
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Table H7. Wax sample 14                                            Table H8. Wax sample 17 

Wax Sample 14
Mol % Mol %

C5 0 C33 2.68
C6 0.00 C34 2.31
C7 0.00 C35 2.12
C8 0.00 C36 2.11
C9 0.00 C37 1.83
C10 0.00 C38 1.74
C11 0.00 C39 1.79
C12 0.15 C40 2.28
C13 0.30 C41 1.29
C14 0.56 C42 1.62
C15 0.79 C43 1.21
C16 1.10 C44 1.08
C17 0.98 C45 0.71
C18 1.34 C46 0.41
C19 1.61 C47 0.20
C20 3.10 C48 0.34
C21 3.96 C49 0.11
C22 5.56 C50 0.07
C23 5.67 C51 0.04
C24 7.07 C52 0.05
C25 6.26 C53 0.03
C26 7.44 C54 0.00
C27 5.31 C55 0.00
C28 5.60 C56 0.00
C29 4.98 C57 0.00
C30 4.57 C58 0.00
C31 3.78 C59 0.00
C32 5.79 C60 0.07

Wax Sample 17
Mol % Mol %

C5 0.00 C33 2.14
C6 0.00 C34 1.53
C7 0.00 C35 2.30
C8 0.00 C36 1.80
C9 0.00 C37 1.60
C10 0.00 C38 1.49
C11 0.00 C39 1.58
C12 0.05 C40 1.83
C13 0.15 C41 1.36
C14 0.32 C42 1.48
C15 0.62 C43 0.95
C16 1.95 C44 1.22
C17 3.51 C45 0.89
C18 4.81 C46 0.83
C19 4.71 C47 0.55
C20 5.06 C48 0.15
C21 4.71 C49 0.34
C22 5.52 C50 0.38
C23 5.17 C51 0.21
C24 6.21 C52 0.07
C25 5.40 C53 0.06
C26 6.32 C54 0.00
C27 4.40 C55 0.00
C28 5.17 C56 0.00
C29 3.71 C57 0.00
C30 3.86 C58 0.00
C31 2.75 C59 0.00
C32 2.56 C60 0.00
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Table H9. Wax sample 18                                            Table H10. Wax sample 20

Wax Sample 18
Mol % Mol %

C5 0.00 C33 0.34
C6 0.00 C34 0.51
C7 0.00 C35 0.26
C8 0.00 C36 0.32
C9 0.00 C37 0.19
C10 0.00 C38 0.35
C11 0.00 C39 0.24
C12 0.04 C40 0.31
C13 10.37 C41 0.38
C14 13.60 C42 0.24
C15 11.26 C43 0.33
C16 10.83 C44 0.34
C17 7.34 C45 0.36
C18 6.64 C46 0.24
C19 4.69 C47 0.34
C20 5.36 C48 0.19
C21 3.87 C49 0.17
C22 4.08 C50 0.09
C23 3.10 C51 0.07
C24 3.47 C52 0.05
C25 2.27 C53 0.05
C26 2.66 C54 0.00
C27 1.32 C55 0.00
C28 1.15 C56 0.00
C29 0.88 C57 0.00
C30 0.66 C58 0.00
C31 0.46 C59 0.00
C32 0.52 C60 0.07

Wax Sample 20
Mol % Mol %

C5 0.00 C33 0.43
C6 0.00 C34 0.49
C7 0.00 C35 0.39
C8 0.00 C36 0.32
C9 0.00 C37 0.23
C10 0.00 C38 0.24
C11 0.00 C39 0.23
C12 8.21 C40 0.24
C13 12.61 C41 0.27
C14 13.54 C42 0.18
C15 9.64 C43 0.17
C16 7.36 C44 0.19
C17 4.79 C45 0.23
C18 4.93 C46 0.13
C19 4.00 C47 0.13
C20 4.94 C48 0.03
C21 3.89 C49 0.03
C22 4.33 C50 0.04
C23 3.08 C51 0.05
C24 3.62 C52 0.04
C25 2.15 C53 0.04
C26 2.47 C54 0.00
C27 1.15 C55 0.00
C28 1.55 C56 0.00
C29 0.88 C57 0.00
C30 1.17 C58 0.00
C31 0.50 C59 0.00
C32 1.07 C60 0.00
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Table H11. Wax sample 21 Table H12. Wax sample 22

Wax Sample 21
Mol % Mol %

C5 0.00 C33 0.75
C6 0.00 C34 1.10
C7 0.00 C35 0.63
C8 0.00 C36 0.94
C9 0.00 C37 0.39
C10 0.00 C38 0.46
C11 0.00 C39 0.26
C12 1.19 C40 0.84
C13 1.91 C41 0.28
C14 3.51 C42 0.28
C15 4.92 C43 0.37
C16 5.59 C44 0.80
C17 6.09 C45 0.37
C18 6.52 C46 0.24
C19 8.68 C47 0.30
C20 7.90 C48 0.20
C21 8.26 C49 0.21
C22 6.97 C50 0.65
C23 6.82 C51 0.08
C24 5.43 C52 0.04
C25 4.72 C53 0.04
C26 3.26 C54 0.00
C27 2.69 C55 0.00
C28 1.63 C56 0.00
C29 1.26 C57 0.00
C30 1.17 C58 0.00
C31 0.74 C59 0.00
C32 1.12 C60 0.37

Wax Sample 22
Mol % Mol %

C5 0.00 C33 0.11
C6 0.00 C34 0.17
C7 0.00 C35 0.11
C8 0.00 C36 0.15
C9 0.00 C37 0.10
C10 0.00 C38 0.12
C11 0.00 C39 0.11
C12 0.38 C40 0.10
C13 0.61 C41 0.09
C14 1.27 C42 0.10
C15 2.93 C43 0.06
C16 7.34 C44 0.04
C17 9.98 C45 0.04
C18 13.64 C46 0.03
C19 13.24 C47 0.03
C20 11.64 C48 0.09
C21 9.90 C49 0.02
C22 7.80 C50 0.02
C23 5.96 C51 0.03
C24 4.59 C52 0.00
C25 3.10 C53 0.03
C26 2.41 C54 0.00
C27 1.06 C55 0.00
C28 1.16 C56 0.00
C29 0.46 C57 0.00
C30 0.45 C58 0.00
C31 0.32 C59 0.00
C32 0.23 C60 0.00
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Table H13. Wax sample 24                                         Table H14. Wax sample 27

Wax Sample 24
Mol % Mol %

C5 0 C33 1.40
C6 0.00 C34 1.41
C7 0.00 C35 1.04
C8 0.00 C36 0.92
C9 0.00 C37 0.63
C10 0.00 C38 0.68
C11 0.00 C39 0.48
C12 4.90 C40 0.67
C13 4.85 C41 0.32
C14 5.26 C42 0.27
C15 4.34 C43 0.25
C16 4.72 C44 0.40
C17 3.61 C45 0.16
C18 4.38 C46 0.04
C19 3.89 C47 0.07
C20 5.48 C48 0.08
C21 5.03 C49 0.00
C22 5.97 C50 0.00
C23 5.43 C51 0.00
C24 6.67 C52 0.00
C25 4.87 C53 0.00
C26 5.75 C54 0.00
C27 3.58 C55 0.00
C28 3.66 C56 0.00
C29 2.95 C57 0.00
C30 2.40 C58 0.00
C31 1.81 C59 0.00
C32 1.62 C60 0.00

Wax Sample 27
Mol % Mol %

C5 0.00 C33 1.26
C6 0.00 C34 1.38
C7 0.00 C35 1.10
C8 0.00 C36 0.82
C9 0.00 C37 0.61
C10 0.00 C38 0.66
C11 0.00 C39 0.56
C12 2.05 C40 0.76
C13 2.74 C41 0.47
C14 3.61 C42 0.55
C15 3.79 C43 0.32
C16 4.76 C44 0.50
C17 3.85 C45 0.18
C18 4.80 C46 0.20
C19 5.35 C47 0.10
C20 5.46 C48 0.06
C21 5.75 C49 0.00
C22 5.77 C50 0.00
C23 6.86 C51 0.00
C24 5.73 C52 0.00
C25 7.45 C53 0.00
C26 5.22 C54 0.00
C27 5.17 C55 0.00
C28 3.34 C56 0.00
C29 3.17 C57 0.00
C30 2.37 C58 0.00
C31 1.80 C59 0.00
C32 1.45 C60 0.00
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Table H15. Wax sample 7719                                            Table H16. Wax sample 7648 

Wax Sample 7719
Mol % Mol %

C5 0.00 C33 2.34
C6 0.00 C34 2.92
C7 0.00 C35 1.66
C8 0.00 C36 1.04
C9 0.00 C37 1.02
C10 0.00 C38 0.98
C11 0.00 C39 1.03
C12 1.80 C40 0.97
C13 2.53 C41 0.55
C14 3.23 C42 0.93
C15 3.30 C43 0.34
C16 3.78 C44 0.31
C17 3.09 C45 0.13
C18 3.47 C46 0.12
C19 3.90 C47 0.07
C20 4.00 C48 0.00
C21 4.46 C49 0.00
C22 4.69 C50 0.00
C23 5.91 C51 0.00
C24 5.46 C52 0.00
C25 7.33 C53 0.00
C26 6.02 C54 0.00
C27 4.76 C55 0.00
C28 3.73 C56 0.00
C29 6.02 C57 0.00
C30 2.80 C58 0.00
C31 3.38 C59 0.00
C32 1.94 C60 0.00

Wax  Sample 7648
Mol % Mol %

C5 0.00 C33 1.54
C6 0.00 C34 1.69
C7 0.00 C35 1.64
C8 0.00 C36 1.00
C9 0.00 C37 0.72
C10 0.00 C38 1.03
C11 0.00 C39 0.58
C12 1.23 C40 0.60
C13 1.96 C41 0.58
C14 2.86 C42 0.40
C15 3.10 C43 0.17
C16 3.54 C44 0.24
C17 3.09 C45 0.08
C18 3.58 C46 0.00
C19 4.96 C47 0.00
C20 5.41 C48 0.00
C21 5.79 C49 0.00
C22 6.49 C50 0.00
C23 5.19 C51 0.00
C24 6.88 C52 0.00
C25 8.45 C53 0.00
C26 6.77 C54 0.00
C27 5.32 C55 0.00
C28 4.11 C56 0.00
C29 4.07 C57 0.00
C30 2.71 C58 0.00
C31 2.23 C59 0.00
C32 1.97 C60 0.00
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Wax Sample 7729
Mol % Mol %

C5 0.00 C33 1.87
C6 0.00 C34 1.38
C7 0.00 C35 1.43
C8 0.00 C36 1.15
C9 0.00 C37 1.12
C10 0.00 C38 1.23
C11 0.13 C39 0.97
C12 0.22 C40 0.87
C13 0.39 C41 0.86
C14 0.57 C42 0.62
C15 1.37 C43 0.28
C16 2.87 C44 0.28
C17 5.37 C45 0.11
C18 6.61 C46 0.17
C19 6.82 C47 0.00
C20 7.25 C48 0.00
C21 6.97 C49 0.00
C22 7.51 C50 0.00
C23 6.84 C51 0.00
C24 7.02 C52 0.00
C25 5.89 C53 0.00
C26 5.32 C54 0.00
C27 4.49 C55 0.00
C28 4.32 C56 0.00
C29 2.85 C57 0.00
C30 2.93 C58 0.00
C31 1.93 C59 0.00
C32 0.00 C60 0.00

Table H17. Wax sample 7729 



230

Appendix I 
Cold Finger Samples

Table I1. Cold finger wax sample 11                      Table I2. Cold finger wax zample 16

Cold Finger Wax Sample 11
Mol % Mol %

C5 0.00 C33 0.00
C6 0.00 C34 0.00
C7 0.00 C35 0.00
C8 0.00 C36 0.00
C9 0.00 C37 0.00
C10 0.00 C38 0.00
C11 0.92 C39 0.00
C12 4.52 C40 0.00
C13 3.81 C41 0.00
C14 7.82 C42 0.00
C15 6.30 C43 0.00
C16 9.04 C44 0.00
C17 5.96 C45 0.00
C18 8.08 C46 0.00
C19 6.21 C47 0.00
C20 6.17 C48 0.00
C21 3.65 C49 0.00
C22 3.73 C50 0.00
C23 1.97 C51 0.00
C24 2.10 C52 0.00
C25 0.91 C53 0.00
C26 1.08 C54 0.00
C27 0.25 C55 0.00
C28 0.39 C56 0.00
C29 0.30 C57 0.00
C30 0.26 C58 0.00
C31 0.00 C59 0.00
C32 0.00 C60 0.00

Cold Finger Wax Sample 16
Mol % Mol %

C5 0.00 C33 0.77
C6 0.00 C34 0.71
C7 0.00 C35 0.66
C8 0.00 C36 0.46
C9 0.00 C37 0.32
C10 1.40 C38 0.95
C11 2.24 C39 0.60
C12 4.99 C40 0.80
C13 5.13 C41 0.51
C14 9.72 C42 0.93
C15 7.19 C43 0.55
C16 8.59 C44 0.86
C17 4.92 C45 0.42
C18 6.31 C46 0.57
C19 6.61 C47 0.64
C20 5.16 C48 0.47
C21 3.97 C49 0.50
C22 3.51 C50 0.69
C23 3.07 C51 0.14
C24 2.41 C52 0.29
C25 3.18 C53 0.00
C26 2.20 C54 0.00
C27 1.83 C55 0.00
C28 1.36 C56 0.00
C29 2.03 C57 0.00
C30 1.15 C58 0.00
C31 0.57 C59 0.00
C32 0.60 C60 0.00
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Table I3. Cold finger wax sample 7688           Table I4. Cold finger wax sample 7719 

Cold Finger Wax Sample 7688
Mol % Mol %

C5 0.00 C33 0.68
C6 0.00 C34 0.86
C7 0.00 C35 0.64
C8 0.00 C36 0.73
C9 0.00 C37 0.49
C10 1.26 C38 0.79
C11 3.03 C39 0.43
C12 6.85 C40 0.75
C13 5.06 C41 0.40
C14 9.75 C42 0.47
C15 5.98 C43 0.32
C16 6.66 C44 0.52
C17 5.51 C45 0.42
C18 6.45 C46 0.30
C19 6.39 C47 0.24
C20 5.69 C48 0.26
C21 4.70 C49 0.28
C22 4.55 C50 0.29
C23 4.00 C51 0.13
C24 3.32 C52 0.09
C25 2.35 C53 0.00
C26 2.60 C54 0.00
C27 1.41 C55 0.00
C28 1.59 C56 0.00
C29 1.35 C57 0.00
C30 1.03 C58 0.00
C31 0.64 C59 0.00
C32 0.75 C60 0.00

Cold Finger Wax Sample 7719
Mol % Mol %

C5 0.00 C33 0.97
C6 0.00 C34 2.36
C7 0.00 C35 2.14
C8 0.00 C36 1.69
C9 0.00 C37 1.91
C10 0.16 C38 3.60
C11 0.13 C39 2.28
C12 1.84 C40 2.80
C13 3.76 C41 2.14
C14 9.12 C42 2.61
C15 6.65 C43 1.99
C16 6.74 C44 2.03
C17 4.73 C45 1.77
C18 4.92 C46 2.23
C19 3.31 C47 1.59
C20 3.44 C48 1.73
C21 2.19 C49 0.90
C22 2.36 C50 1.65
C23 1.56 C51 0.65
C24 1.69 C52 0.62
C25 1.14 C53 0.00
C26 1.46 C54 0.00
C27 0.78 C55 0.00
C28 1.05 C56 0.00
C29 1.32 C57 0.00
C30 1.05 C58 0.00
C31 0.85 C59 0.00
C32 1.21 C60 0.00
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Appendix J
Solid State Fugacity Calculations

The standard state fugacities at temperature T and pressure P of component i in the liquid and 
wax phases can be expressed as

� �oLoS ffRTG /ln�� (J-1) 

where G� is the change in the molar Gibbs free energy is associated with the transition of 
component i from liquid to solid form at temperature T and pressure P. Change in Gibb’s free 
energy can be expressed as

STHG �
��� (J-2) 

Change in enthalpy ( )H� can be expressed as
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and change in entropy ( )S� can be expressed as
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Using Equations (J-I)–(J-IV) and calculating the fugacity of pure component in liquid phase 
from EOS, the fugacity of the pure component in solid phase can be calculated (Pedersen et 
al, 1991). 
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Appendix K
Liquid and Vapor Fugacity Calculations (Dandekar, 2006) 

It is convenient to do the fugacity calculations in terms of the �6&�4)�=�4%���)4)�#��>��2�)4��)��
the ratio of fugacity to system pressure. The fugacity coefficient as given by PR-EOS is
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In these equations, Z is the compressibility factor. A and B are given by the following 
equations: 

2)(RT
PaA )

�   and 
RT
bPB � (K-2) 

and a and b are given by the following equations: 
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where 07780.045724.0 �*�* ba and (K-3) 

) is given by  

25.0 )]1(1[ rTm 
��) (K-4) 

where, Tr is the reduced temperature and m is given for PR-EOS respectively as follows

2176.0574.148.0 %% 
��m for SRK (K-5) 

and  
32 016667.01644.048503.1379642.0 %%% �
��m for PR (K-6) 

?�)�������4�#��)4���4�%���@��2���)#��%(64�(��%��44%6#���%������(�<)��)%#���%0�����4%����1%#()#&�
states principle. 

It should be noted that Equation K-I is for pure components. 

Extension of EOS models to mixture
s 
All EOS models are developed for pure components and are extended to mixtures by 
employing mixing rules. These mixing rules are simply the means of calculating the mixture 
parameters equivalent to those of pure components. The mixture parameters are given by 
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where ma )( )  represents the product of constant a and ) for a given mixture, yi and yj are the 
mole fraction of component i and j in the mixture, ai and aj the constant a for component i
and j the mixture, ji and )) the parameter ) for component i and j in the mixture, kij or kji

the binary interaction parameter, bm a constant b for the mixture; and bi a constant b for 
component i in the mixture. The binary interaction parameter (BIP) is an empirically 
determined correction factor that characterizes the binary formed by components i and j in 
the mixture. The fugacity of component in mixture in liquid phase or vapor phase is found 
out by the following equation: 
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A and B are found out from Equation (B-II), a  and bm obtained from Equations (K-VII) 
and (K-9@@@	���%6�(����6��(��A1= 1 + �$��#(�A2 = 1 + �$��%��! -BC���#(�Di �#(�D�����&)<�#�
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ZL, which is determined from cubic equation of state, can be substituted in Equation (K-9)
and the liquid phase fugacity coefficient can be found out.   

)
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Abstract
This final report presents the results of our research during the three-year project cycle 
(09/30/2005 to 10/01/2008).  The objective of this project is to develop a computer predictive 
model for wax deposition specific to the production of the Alaska North Slope (ANS) area crude 
oils.

The objective of this project is to develop a computer predictive model for wax deposition 
specific to the production of the Alaska North Slope (ANS) area crude oils. The computer 
predictive model that we developed in this study consists of a heat-transfer model to predict fluid 
and formation temperature profiles downhole, a thermodynamic model to predict cloud point and 
wax composition, and a dynamic wax deposition model to predict wax deposition under dynamic 
flow conditions. 

A heat-transfer model was developed using the total-system-energy-balance concept based on a 
physical model that contains most of the essential elements of a typical ANS well including the 
option for gas injection for gas-lift operations.  The boundary conditions for permafrost thawing 
due to the heat transfer from the production string during production were also incorporated into 
the model.  A computer program based on the heat-transfer model was developed to generate 
system temperature profiles by solving total-system- energy-balance equations numerically using 
the finite-difference method. Using our numerical model, we successfully generated the fluid 
temperature profile in the production tubing, the temperature profile of injected gas in the 
annulus, and the formation temperature profiles and moving boundary locations in the 
permafrost region for an example well provided by ConocoPhillips 

A thermodynamic model was also developed to predict the paraffin distributions in the liquid and 
solid phases at temperatures below the cloud point.  The model fitted the experimental data from 
the literature well and we expanded the thermodynamic model to predict cloud point as well as 
solid compositions at different temperatures below the cloud point.  The model results matched 
well with the experimental data from the literature.

A computer model was developed to simulate wax deposition under dynamic conditions. Using 
the computer model, we simulated dynamic wax deposition of a model oil under different wall 
temperatures and flow rates. A comparison of model predictions with results from our own 
experimental data showed that the model could simulate experimental results from our dynamic 
flow-loop experiments well. To confirm our model, we also simulated experimental results of 
dynamic wax deposition in the literature. Again, our model predictions fit the literature well.
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Executive Summary
This is the sixth quarterly report from the University of Kansas performed under the UAF 
subaward 06-0031 of DOE primary contract DOE-FC26-01NT41248. This final report describes 
what we accomplished during the three-year project cycle between 09/30/2005 and 10/01/2008.   

Wax (paraffins) can deposit from a crude oil in a solid form during production.  Wax may form 
anywhere in the producing system when the conditions due to temperature and pressure changes 
become favorable for the precipitation of paraffins.  Wax usually forms by nucleation where the 
presence of a seed crystal of paraffin or other solid material in a crude oil could result in a rapid 
growth of paraffins.  Permafrost on Alaska’s North Slope causes heat loss from produced fluids 
and can lead to significant wax deposition in producing wells.  Wax deposition typically occurs 
in wells that produce at lower rates and leads to severe well downtime.  Industry has been 
challenged to create attractive investments in low rate wells made even lower by high downtime.

The objective of this project is to develop a computer predictive model for wax deposition 
specific to the production of the Alaska North Slope (ANS) area crude oils. The computer 
predictive model that we developed in this study consists of a heat-transfer model to predict fluid 
and formation temperature profiles downhole, a thermodynamic model to predict cloud point and 
wax composition, and a dynamic wax deposition model to predict wax deposition under dynamic 
flow conditions. Due to the unique cold-climate environment and the existence of Permafrost in 
the ANS area, the heat-transfer model developed in this project took into account the presence of 
Permafrost, the effects of thermal insulation, production rate, and well geometry on temperature 
profile in the production string. 

A heat-transfer model was developed using the total-system-energy-balance concept based on a 
physical model that contains most of the essential elements of a typical ANS well including the 
option for gas injection for gas-lift operations.  The boundary conditions for permafrost thawing 
due to the heat transfer from the production string during production were also incorporated into 
the model.  A computer program based on the heat-transfer model was developed to generate 
system temperature profiles by solving total-system- energy-balance equations numerically using 
the finite-difference method. Using our numerical model, we successfully generated the fluid 
temperature profile in the production tubing, the temperature profile of injected gas in the 
annulus, and the formation temperature profiles and moving boundary locations in the 
permafrost region for an example well provided by ConocoPhillips. 

A thermodynamic model was also developed to predict the paraffin distributions in the liquid and 
solid phases at temperatures below the cloud point.  The model fitted the experimental data from 
the literature well and we expanded the thermodynamic model to predict cloud point as well as 
solid compositions at different temperatures below the cloud point.  The model results matched 
well with the experimental data from the literature.

A computer model was developed to simulate wax deposition under dynamic conditions. Using 
the computer model, we simulated dynamic wax deposition of a model oil under different wall 
temperatures and flow rates. A comparison of model predictions with results from our own 
experimental data showed that the model could simulate experimental results from our dynamic 
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flow-loop experiments well. To confirm our model, we also simulated experimental results of 
dynamic wax deposition in the literature. Again, our model predictions fit the literature well.
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1. Introduction
Wax (paraffins) can deposit from a crude oil in a solid form during production.  Wax may form 
anywhere in the producing system when the conditions due to temperature and pressure changes 
become favorable for the precipitation of paraffins.  Wax usually forms by nucleation where the
presence of a seed crystal of paraffin or other solid material in a crude oil could result in a rapid 
growth of paraffins.  Permafrost on Alaska’s North Slope causes heat loss from produced fluids 
and can lead to significant wax deposition in producing wells.  Wax deposition typically occurs 
in wells that produce at lower rates and leads to severe well downtime.  Industry has been 
challenged to create attractive investments in low rate wells made even lower by high downtime.

Although wax deposition is a commonly encountered problem in production operations, there is 
no universally effective treatment for the problem. Treatment methods are usually highly case 
dependent, requiring the proper identification of the mechanisms for wax deposition and the 
development of a predicting technique that is specific for the target field.  Due to its unique 
production environment, a properly designed and implemented treatment method for preventing 
wax deposition is essential to the cost effective production in the Alaska’s North Slope area. 

The objective of our research in this task area is to develop a computer predictive model for wax 
deposition specific to the production of the Alaska North Slope (ANS) area crude oils. 

Previous researchers have developed a number of models to predict wax deposition based on 
laboratory measurements of field crude oil samples.  Because of the empirical nature of these 
models, their applications are limited to the specific fields where the crude oil samples came 
from.  Due to its unique production environment, there is a need to develop predictive models 
specific to the production of the ANS crude oils.  

The best way to solve the wax deposition problem is to take the proactive approach of staying 
outside of the wax deposition envelope when producing the crude oil from downhole to the 
surface.  This requires the in-depth understanding of the thermodynamic properties of the crude 
oil as well as the characteristics of heat transfer in the production string.  The computer 
predictive model that we develop in this study will include three major components.  A 
thermodynamic model will be developed using the PVT and Wax Appearance Temperature 
(WAT) data from Task 1 to establish the wax deposition envelopes for different ANS crude oils.  
A dynamic wax deposition and removal model will be developed to predict wax deposition and 
growth in production strings under dynamic flow conditions.  Finally, a heat-transfer model will 
be developed to simulate the effects of thermal insulation, production rate, and well geometry on 
temperature profile in the production string.   

2. Heat Transfer Model
The objective of the heat-transfer modeling is to establish fluid temperature profiles in the 
production string. A physical model as shown in Figure 1 is used in this study to model heat 
exchanges between producing fluids, production string, injected gas during gas-lift operations, 
insulation materials and formation rock/permafrost. In this study, we generate system 
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temperature profiles by solving total-system- energy-balance equation numerically using the 
finite-difference method. 

2.1. Model Assumptions 
In tubing and casing annulus, kinetic energy and potential energy are neglected in our 
calculations. Heat flow through the wellbore is assumed to be quasi-steady. Heat transfer from 
the wellbore to the formation occurs only in the radial direction. In the formation, the heat 
transferred in depth direction is assumed to be negligible. There is no heat source or sink. The 
formation temperature is equal to the geothermal temperature when it is far away from the 
wellbore. The formation is assumed to be homogeneous and incompressible and the thermal 
conductivity, heat capacity and density remain unchanged. In the permafrost region, the 
formation densities both in the thawed and solid zones are assumed to be equal and the heat
transfer is by conduction only both zones. 

2.2. Model Descriptions 
During fluid temperature calculations, the origin is set at the surface of the wellbore. The vertical 
direction is assumed to be positive as depth increases. Our model is built to handle deviated 
wells and therefore, the tubing fluid temperature and annulus gas temperature are calculated as 
functions of the wellbore length. The direction of mass flow in tubing (upward) is negative and 
the temperature gradient is positive, so the energy balance on the fluid flowing in the tubing is 

2 ( )f
f pf ti ti f ti

dT
m C r h T T

dl
+
 � 
 (1)

where fm , pfC , fT represent the mass flow rate, heat capacity and the temperature of the fluid in 
the tubing; tir  is the inside radius of the tubing and tiT is the temperature at the inside surface of 
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Figure 1. Physical model for heat transfer modeling
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tubing; tih is heat transfer coefficient based on the inside tubing surface and the temperature 
difference between the flowing fluid and the surface. 

Since radiation passes through the casing annulus without absorption, there is no contribution to 
the energy balance from the radiation between the tubing and the casing. The direction of mass 
flow in the annulus (downward) and the temperature gradient are positive. So the energy balance 
on flowing gas is 

2 ( ) 2 ( )g
g pg to to to g ci ci g ci

dT
m C r h T T r h T T

dl
+ +� 
 
 


(2)

where gm , pgC , gT represent the mass flow rate, heat capacity and the temperature of the gas in 
the annulus; ,to cir r are the outside radius of the tubing and inside radius of casing, respectively;

,to ciT T are the temperature at the outside surface of tubing and inside surface of casing,
respectively; toh is heat transfer coefficient based on the outside tubing surface and the 
temperature difference between the gas in annulus and the surface; cih is heat transfer 
coefficient based on the outside casing surface and the temperature difference between the gas in 
annulus and the surface.  

Neglecting heat transfer in depth direction, energy balance on the formation can be written as

t
Tc

r
Tr

rr
k p &

&
�

&
&

&
& �)(1 (3)

where , , pk c� are the formation thermal conductivity, density and heat capacity.

To calculate fluid temperature, gas temperature, and the formation temperature, the model can be 
simplified to

)ln(
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h
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ci

co

coci
cas

r
r

TT
k

r
r
TT

k



�



++ (4)

where ,co hr r are the radius of the outside casing and wellbore, respectively; ,co hT T are the 
temperature at the outside surface of casing and wellbore/formation interface, respectively.

,cas cemK K are the thermal conductivity of casing and cement, respectively. 



4

Define  
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Combining Eqs. (4) and (5) and rearrange yield, 
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T TT )
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�
�

(6)

At the inside casing wall, the energy balance can be expressed as

( )2 ( ) 2 ( ) 2
ln
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ci ci g ci to r to ci cas
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T Tr h T T r h T T k r
r

+ + + 


 � 
 �

(7)

where rh is heat transfer coefficient for the radiation based on the outside tubing surface and the 
temperature difference between the outside tubing and inside casing surfaces. 
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Combining Eqs. (6) ~ (9) and rearrange yield,
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Incorporating Eqs. (11) ~ (13) into Eq. (10) yields, 

4 5 6ci g to hT T T T) ) )� � �                                                                                             (14) 

At the tubing wall, the energy balance can be expressed as
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Substituting Eq. (16) into (15) yields,
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From the energy balance between the tubing and the annulus, the heat lost from the tubing by 
convection to the injected gas flowing in the casing annulus and by radiation from the outer 
tubing surface to the inner casing surface can be described by

( )2 2 ( ) 2 ( )                       (18)
ln

tub ti to
to to to g to r to ci
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 � 
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where tubK  is the thermal conductivity of tubing. 
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Substituting Eqs.(19) and (20) into Eq. (18) and rearrange yield,
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Combining Eqs.(14),(17), and (21), we obtain the following equation 
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Combining Eqs.(22) and (23), Tto can be expressed as
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Eq.(24) can be simplified as
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From Eqs.(17) and (28), the energy balance for the fluid flowing in the tubing Eq.(1) becomes 
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where the subscript f represents the fluids flow in the tubing, which includes oil and gas.  
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Eq.(29) can be expressed as
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Based on Eqs. (2), (14), and (24), we now have the energy balance equation for the injected gas 
flowing in the annulus reduced to the only a function of Tf , Tg and Th 
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Substituting Eqs.(36) ~ (38) into Eq.(35) and rearrange yield, 
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At the wellbore/formation interface, the energy balance can be expressed as
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                                                                              (40) 

where T1 represents the temperature of the grid closest to the wellbore/formation interface and 
r� is the distance from rh to r1.

2.3. Moving Boundary Modeling in Permafrost Region 
Without proper insulation, the heat transfer from the cement/formation interface in the 
permafrost region during production could cause the permafrost near the cement/formation 
interface to thaw. Therefore, we need to include the melting of permafrost into our heat transfer 
model. The thawing of permafrost is very similar to the two-phase solid-liquid freezing problem 
where the heat transfer around a cylindrically shaped wellbore can be described as

( , ) ( , )1 1i i

i

T r t T r t
r

r r r D t
& && � � �� �& & &� �

                                                                                  (41) 

and

i

i
i c

K
D

�
�

where c denotes specific heat, K denotes thermal conductivity, r denotes radial distance from 
center of the well, z denotes the vertical distance from the bottomhole, t denotes time, T denotes 
temperature, and � denotes density.  The subscripts i denote fluid phase. Figure 2 illustrates the 
moving-boundary model that we used in this study. 
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Figure 2. Moving boundary model 

When the moving boundary is between the interface rh and the first gird r1, as shown in Fig.3, T1 

is equal to the temperature of the moving boundary, that is, thawing temperature, and 
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Figure 3. Formation grid distribution
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With Eqs.(6), (14) and (24), Eq.(40) becomes 

� � ! "5
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 � � �              (43) 

Using numerical method to solve Eqs.(3), (32), (39) and (43), we can solve for fluid temperature, 
injected gas temperature and formation temperature simultaneously.

2.4. Initial Conditions 
At the wellhead, gas is injected at the ambient temperature while the oil leaves the reservoir and 
enters into the tubing at the reservoir temperature. Initially, there is no thawing in the permafrost 
region and no moving boundary exists. The geothermal temperature in the permafrost region and 
the non-permafrost region are determined using Eq.(44) and (45), respectively.  

6 2( ) 5.62 10 0.001 20eT l l l
� � 
 �                                                                              (44) 
( ) 32 0.011 ( 1775)eT l l� � � 
                                                                                    (45) 

where ( )eT l is the undisturbed temperature of the formation, EF

2.5. Boundary Conditions
At the outer boundary, 

( , ) ( ) ConstanteT l t T l� �                                                                                          (46) 

In the permafrost region, at the moving boundary, 
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At the gas lift valves, the following relationship holds based on Fig.4 
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Figure 4. Temperature distribution at gas-lift mandrel

2.6. Numerical Solutions 
The formation temperature is calculated numerically using the gridding system illustrated in 
Figure 5.

Figure 5. Discretization of the radial coordinate 

For formation temperature calculations, Eq.(3) is discretized using the variable grid block size as 
shown in Figure 5 into the following difference equation  
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In the permafrost region, the formation temperature in the thawed zone can be calculated using
Eq. (50) where cK ,,� refer to the coefficients in the thawed zone. At the wellbore/formation 
interface, Eq.(40) holds, and at the moving boundary the temperature remains constant. The 
Stefan boundary can therefore be rewritten as
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For fluid and injected gas temperature calculations, Eqs. (32), (39) and (43) are discretized into 
the following difference equations 
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2.7. Example Well
Using our numerical model, we successfully generated the fluid temperature profile in the 
production tubing, the temperature profile of injected gas in the annulus, and the formation 
temperature profiles and moving boundary locations in the permafrost region for an example 
well provided by ConocoPhillips (Figure 6). The permafrost region around the wellbore is about 
1500 ft thick. Table 1 lists the downhole configurations. Fig. 7 shows simplified schematics of 
downhole configurations including three gas lift valves.  

Lateral Distance, ft

Figure 6. Well Schematic of an ANS area well (ConocoPhillips)

Table 1. Downhole configurations of example well
Description Size Top Bottom TVD

CONDUCTOR 16 0 114 114

SURF CASING 9.625 0 3260 2385

PROD CASING 7 0 11282 6183

LINER 3.5 11110 15958 6173

TUBING 3.5 0 11110 6163
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Wellbore properties: 

Thermal conductivity of formation = 1.8, Btu/hr ft °F 

Thermal conductivity of the cement = 0.2, Btu/hr ft °F 

Thermal conductivity of tubing = 25, Btu/hr ft °F 

Thermal conductivity of casing = 25, Btu/hr ft °F 

Formation density = 128.64, lb/cu ft 

Heat capacity of the formation Ce = 0.256, Btu/lb °F (0.8KJ/Kg°C) 

The inside radius of the tubing = 0.116, ft 

The outside radius of the tubing = 0.146, ft 

The inside radius of the Production casing = 0.262, ft 

The outside radius of the Production casing = 0.292, ft 

Third gas injection interval

Second gas injection interval

First gas injection interval

Permafrost regionQ

Q1

Q2

Q3

Fluid

Ground Surface

Wellbore bottom

I

II

III

I

V

Figure 7. Downhole schematics of example well
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The radius of the wellbore hole = 0.354, ft 

Tubing fluid properties: 

Heat capacity = 0.8, Btu/lb °F 

Thermal conductivity = 0.2, Btu/hr ft °F 

Density = 51.48, lb/cu ft 

Viscosity = 4.5, cp 

Gas properties:  

Heat capacity = 0.245, Btu/lb °F 

Thermal conductivity = 0.0145, Btu/hr ft °F 

Density = 0.0612, lb/cu ft 

Viscosity = 3.62e-7, lb/ft s; reference: nasa.org  

Production information: 

Oil production rate = 300, B/D 

Gas liquid ratio at the surface = 12000, SCF/STB 

Initial gas liquid ratio = 990, SCF/STB 

Initial values before starting the simulation: 

Simulation time = 1000, hr  

hr = 1.1, Btu/EF������2

hci = 447, Btu/EF������2

hti = 309, Btu/EF������2

hto = 447, Btu/EF������2

Tf  = 135, Tubing fluid temperature at the wellbore bottomhole, °F 

Tg = 50, injected gas temperature in the annulus, °F 
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2.8. Example Case Calculations 

Case I:

Gas liquid ratio at the surface = 12000, SCF/STB, Oil production rate = 300, B/D 

hr = 1.1, Btu/EF������2             hci = 447, Btu/EF������2

hti = 309, Btu/EF������2          hto = 447, Btu/EF������2
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Figure 8. Moving boundary location vs. time (Example Case I) 
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Figure 9. Downhole fluid and injected gas temperature profiles with three gas lift valves 
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Case II:

Gas liquid ratio at the surface = 1000, SCF/STB,  Oil production rate = 300, B/D 

hr = 1.1, Btu/EF������2             hci = 3.6, Btu/EF������2

hti = 10, Btu/EF������2             hto = 3, Btu/EF������2
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Figure 11. Moving boundary location vs. time (Example Case II) 
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Figure 12. Downhole fluid and injected gas temperature profiles with three gas lift valves 
(Example Case II) 

3. Thermodynamic Model for Wax Formation

3.1. Predictive Model of Phase Compositions in Solid/Liquid Equilibrium 
The following is a brief review of the thermodynamic model that we built to predict the paraffin 
distributions in the liquid and solid phases at temperatures below the cloud point.  Please refer to 
our fourth quarterly report for a more detailed description of the thermodynamic model.

For alkane-hydrocarbon systems, the composition of the liquid and solid phases in equilibrium 
can be described by the following equation that relates the thermodynamic properties of pure 
components with the nonideality of the phases (Prausnitz et al. 1986) 
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where si and xi are the mole fractions in solid and liquid phases, respectively, Tm,i is the melting 
temperature, Ttr,i is the solid-solid transition temperature, mh� is the heat of fusion, trh� is the heat 
of solid-solid phase transition, Cp�  is the heat capacity of fusion.   
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Liquid-Phase Nonideality.  A hydrocarbon liquid consists of molecules of difference lengths.
The nonideality in the liquid phase occurs resulting from interactions between these molecules.
The activity coefficient for component i in the liquid phase, L

i� consists of two parts and can be 
expressed as

ln ln ln                                         (56)L comb fv res
i i i� � �
� �

where the combinatorial part, comb fv
i�


 , accounts for entropic effects such as size difference and 
free volume effects while the residual part, res

i� , accounts for the energetic interaction between
components. The combinatorial part can be calculated by the Flory free-volume equation 
(Coutinho et al. 1995). 
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where iV  is the molar volume of component i, wiV  is the Van der Waals volume of component i.

Solid-Phase Nonideality. The solid phase nonideality arises from the interactions between 
molecules of difference chain lengths can be described by the following UNIQUAC equations 
(Smith and Van Ness, 1987) 
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where Z is the coordination number and has a value of 6, sblmh� is the enthalpy of sublimation of 
the pure n-alkane, ri and qi are estimated to take into account the specificity of the interactions in 
the solid phase.  
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where nMU is the number of methylene units in the chain of n-alkane.  

3.2. Solution Algorithm for Solid Composition and Cloud Points 
Solid Composition.  To predict the solid composition at a given temperature below the cloud 
point, we solve the following equations simultaneously for all the components in the system. 
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The predicted solid composition is obtained using Levenberg-Marquardt algorithm to find a local 
minimum for the sum of squares of the nonlinear functions 
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Cloud Point.  To predict the cloud point, we start from a low temperature and perform the solid 
composition calculations as described in the previous paragraph.  Then, we increase the 
temperature in small increments until the solid phase disappears.  The temperature at which the 
solid phase disappears completely (si = 0 for i = 1, m) is the cloud point. 
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3.3. Comparison of Results from Predictive Model with Literature Data 
Dauphin et al. measured cloud points of five different systems with different alkane contents in a
solvent (decane) (Dauphin et al. 1999).  They also measured the solid compositions at different 
temperatures below the cloud point for each system.  In this study, we use the experimental data 
in Dauphin’s paper to validate our computer predictive model.  Table21 shows the feed 
composition of the example systems used in Daupin’s experiments.  System A consists of 
alkanes from n-C10 to n-C36 in decane.  Dauphin el al. then systematically removed intermediate 
alkanes in Systems B through E to create different bimodal distributions of heavy fractions. 

Predicted vs. Measured Cloud Points.  Using the algorithm described in the previous section 
and the feed compositions listed in Table 1, the cloud points predicted by our thermodynamic 
model match the experimental data very well with a maximum error of only -0.81°K (last row of 
Table 2).

Table 2. Feed Compositions and Cloud Point Data of Example Systems 
(Dauphin et al. 1999) 

System A System B System C System D System E

Fe
ed

 c
om

po
si

tio
n 

C10 0.80065 0.800033 0.800033 0.800197 0.800081
C18 0.029981 0.033915 0.037241 0.047457 0.070935
C19 0.025723 0.029102 0.031958 0.040731 0.060876
C20 0.022065 0.024961 0.027418 0.034943 0.052232
C21 0.018946 0.021427 0.023527 0.029989 0
C22 0.016246 0.018372 0.020185 0.025723 0
C23 0.013939 0.015766 0.017317 0 0
C24 0.01196 0.013528 0.014858 0 0
C25 0.01026 0.011604 0 0 0
C26 0.008812 0 0 0 0
C27 0.007555 0 0 0 0
C28 0.006513 0 0 0 0
C29 0.005561 0.006288 0 0 0
C30 0.004769 0.005405 0.00593 0 0
C31 0.004101 0.004631 0.005086 0 0
C32 0.00351 0.003972 0.00437 0.005559 0
C33 0.003024 0.003411 0.003745 0.004779 0
C34 0.002589 0.002922 0.003209 0.004092 0.006119
C35 0.001889 0.002508 0.002754 0.003514 0.005252
C36 0.001904 0.002153 0.002368 0.003016 0.004504

Experimental(°K) 308.75 309.65 310.37 311.33 312.81
Predicted Cloud Point (°K) 308.76 308.84 310.61 311.98 312.17

Error (°K) 0.01 -0.81 0.24 0.65 -0.64
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Predicted vs. Measured Solid Compositions.  To verify our thermodynamic model, we also
compared the measured solid compositions of System A with predicted values at different 
temperatures below the cloud point (Dauphin et al. 1999). As shown in Table 2, the cloud point 
for System A is 308.75°K.  Figures 1 through 3 compare the measured versus predicted solid 
compositions at 303.15°K, 298.15°K, and 283.25°K respectively.  In Figures 13 and 14, the 
number of methylene units in a chain of n-alkane molecule used in the model was adjusted to 
obtain a better fit.  This will be a useful fitting parameter when the model is used in the future to 
predict the solid compositions of crude oils.  As shown in Figures 13 through 15, the model 
predictions match the experimental data reasonably well.  One potential way that we are 
exploring to improve the accuracy of our predictions is to incorporate a check of thermodynamic 
stability into our solution algorithm to insure that the solutions from our model are indeed the 
global minima rather than the local minima.
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Figure 13. Predicted vs. Measured Solid Compositions of System A at 303.15°K 
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Figure 14. Predicted vs. Measured Solid Compositions of System A at 298.15°K 
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Figure 15. Predicted vs. Measured Solid Compositions of System A at 283.25°K 

3.4. Our  Computer Model versus Coutinho’s Computer Model 
During the previous reporting period, we expanded the thermodynamic model to predict cloud 
point as well as solid compositions at different temperatures below the cloud point.  The model 
results matched well with the experimental data from the literature (Dauphin et al. 1999).  While 
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waiting for the Alaskan crude data, we validated our thermodynamic model by comparing results 
with Coutinho’s model (Coutinho et al. 1995).  Coutinho’s thermodynamic model is consider 
industry standard in wax deposition studies and Dr. Coutinho was kind enough to provide us 
with his computer model so that we could check the accuracy of our model.  Figures 16 to 18 
show very good fits between the predicted solid compositions at different temperatures from our 
computer model and those from Coutinho’s computer model.  This finding confirms the validity 
of our thermodynamic model. 
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Figure 16. Solid Phase Composition at 283.25K  
(experimental data from Dauphin et al., 1999) 
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Figure 17. Solid Phase Composition at 298.15K  
(experimental data from Dauphin et al., 1999) 
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Figure 18. Solid Phase Composition at 303.15K  
(experimental data from Dauphin et al., 1999) 

4. Dynamic Wax Deposition Model
Dynamic wax deposition data is critical to the success of our modeling work.  A flow-loop setup 
was built at the University of Kansas to provide the needed data for dynamic wax deposition 
modeling.   Dynamic wax deposition experiments using mineral oil and food grade wax were 
performed at different tubing wall temperatures using different flow rates to compare results with 
the literature data.

4.1. Literature Review of Dynamic Wax Deposition Models 
Burger, et al. investigated four possible mechanisms for wax deposition in the Trans Alaska 
Pipeline System (TAPS) (Burger, et al. 1981).  Results from his laboratory experiments using a 
tube flow unit indicated that the wax deposition in the TAPS occurred as a result of the lateral 
transport of wax components in the crude oil through diffusion, shear dispersion, and Brownian 
diffusion to the cold pipe wall.  The gravity settling was, however, ruled out as a dominate 
mechanism for wax deposition in the TAPS.  Based on the laboratory observations, Burger, et al
built a theoretical model by incorporating the molecule diffusion of dissolved wax as well as 
Brownian diffusion and shear dispersion of previously precipitated solids to predict wax 
deposition in the TAPS.  Field tests were performed in Prudhoe Bay, AK and the model results 
agreed with the field test data reasonably well.  Field-test results revealed that at lower 
temperatures and low heat fluxes shear dispersion dominates.  In contrast, molecular diffusion 
dominates at higher temperature and heat flux conditions.  

Singh et al. used a flow loop to study the growth and aging of a thin incipient wax-oil gel in a 
cooled pipe where the temperature at the pipe wall was below the wax appearance temperature 
(WAT) (Singh et al. 2000).  The oil they used was food grade wax (0.67 wt%) dissolved in a 3:1 
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mixture of mineral oil and kerosene. Pressure gauges were attached every 2’ to the tube, so that 
the deposition thickness can be calculated through the pressure drop.  The recovered wax 
deposits were further analyzed using HTGC.  Results from the experiments showed that the gel 
layer consisted of a 3-D network of the wax crystals with a significant amount of oil trapped in 
the structure.  The wax content in the gel layer was found to increase with time and the 
temperature difference across it.  This aging process was a result of counter-diffusion 
phenomenon where the wax molecules diffused into the gel layer and oil molecules diffused out.   

A mathematical model was developed to predict the growth and wax content of the gel deposit 
on cooled pipe walls.  Since they only considered the laminar flow regime, the shear removal, 
Brownian dispersion, and gravity settling can be safely ignored with the molecular diffusion the 
dominate mechanism for wax deposition.  At the boundary of gel-fluid interface, the model 
assumed that the wax concentration at the interface was equal to the equilibrium wax 
concentration at the interface temperature.  In the model, the wax content changed with time and 
was assumed to be uniform across the gel layer.  The model predictions agreed with the 
experimental data fairly well.

Venkatesan expanded Singh’s work by incorporating the effect of turbulent flow into the thin-
film model (Venkatesan, 2004).  Gnielinski’s New Equation for Heat and Mass Transfer in 
Turbulent Pipe and Channel Flow was used in this model to predict the wax deposition in 
turbulent flow.  In the laminar flow regime, the flow rate is low and the rate of precipitation of 
wax molecules from the oil phase is relatively fast.  Hence, the precipitation kinetics can be 
ignored in the laminar flow regime.  However, the precipitation kinetics may become a 
significant factor under the turbulent flow when the flow rate is high. Therefore, the model also 
incorporated the effect of precipitation kinetics.  Nevertheless, experimental results showed that 
the kinetic effects could safely be ignored even under turbulent flow conditions.  Overall, the 
expanded model fitted the experimental data in the turbulent flow regime well.

Hernandez el al. improved the thin-film models by including shear-stripping and a kinetic 
resistance term for the diffusion of wax molecules into the gel layer (Hernandez el al. 2004).  
The kinetic resistance term allows the wax concentration at the gel-liquid interface to be different 
from the equilibrium concentration at the interface temperature.  Results from their flow-loop 
experiments using a condensate showed that without the kinetic resistance term, Singh’s model 
overestimated the thickness and underestimated the wax content of the wax layer.  In contrast, 
the improved model agreed very well with results from flow-loop experiments using both a crude 
oil and a condensate.   

4.2. Flow-Loop Design 
Figure 1 shows the schematic of our flow-loop setup.  As shown in Figure 19, the setup consists 
of a flow loop with a 4-ft long test section chilled by a chiller, an 8-gallon oil reservoir, a heavy-
duty pumping unit, a differential pressure transducer, a flow meter, and a computer for data 
acquisition and system control.  The temperature in the chilled section of the flow loop is 
controlled at below the wax appearance temperature (WAT) to allow the wax to form at the inner 
surface of the ¼-in. ID stainless steel tubing and the thickness of the wax deposit is calculated 
from the pressure-drop change across the test section.  Both the system control and data 
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acquisition are handled by a computer installed with Labview®.  Figure 20 is a photo of the fully 
assembled flow-loop setup. 

Drain Valve
       Reservoir

Pressure 
Transducer

T T

T

Circulating 
Water Bath

Q

Flow Meter

Data Acquisition

Figure 19. Schematic of Flow-Loop Design 
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Figure 20. Photo of Fully Assembled Flow Loop 

4.3. Hagen-Poiseuille Equation for Deposition Thickness Calculation 
In the beginning of each wax-deposition experiment, the oil sample is re-circulated through the 
flow loop using a constant rate and the pressure drop across the test section is measured.  Then, 
the test section is chilled to below the WAT of the specific oil sample used.  As a result, the oil 
sample flowing through the test section forms wax deposit at the inner surface of the tubing.  The 
decrease in the tubing inner diameter results in an increase in pressure drop across the test 
section.  For oil flow in the laminar flow region, the thickness of wax deposition can be 
calculated by Hagen-Poiseuille equation using the pressure drop data.  

Hagen-Poiseuille equation (Eq. 66) describes the laminar flow of a Newtonian fluid through a 
cylindrical tube with a constant inner diameter. 
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Eq. 66 can be rearranged to calculate the inner diameter of a cylindrical tube using the pressure 
drop data obtained at a constant flow rate: 

4
128                          (67)Q LD

P
�

+
	 	 	

�
	 �

Eq. 67 can be used to determine the thickness of the wax layer inside a cylindrical tube using the 
pressure drop increase across the test section.

4.4. Error Analysis of Dynamic Wax Deposition Measurements 
Before performing the calibration runs, it is very important to determine the inherent errors in 
our measurements of wax deposition thickness.  The error in our measurements of deposition 
thickness is dD, which can be calculated using Eq. 68.  
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The upper bound and lower bound of our error envelope are D+dD and D-dD, respectively. 
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4.5. Flow-loop Calibration 
To calibrate the flow-loop setup, dynamic wax deposition experiments were performed using a 
model oil containing 3% food-grade wax using Blandol white mineral oil and kerosene (3:1 
ratio) as the solvent.  The wax appearance temperature of the model oil is 26°C.  Figure 21 
shows the wax composition of the model oil. 
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Figure 21. Wax Composition of Model Oil

The viscosity of the model oil was measured at different temperatures before and after the 
dynamic wax deposition experiments.  Figure 22 shows that the changes in viscosity before and 
after the wax deposition were negligible.  This confirms that the volume of model oil (8 liters) 
used in the flow-loop experiments was large enough so that the wax deposition in the test section 
of the flow loop did not cause a significant change in the fluid properties of the model oil.  Also 
shown in Figure 22 is that there is a linear relationship between the oil viscosity and temperature, 
which can be described by the following equation.. 

0.3546 18.914                                   (69)T� � 
 �

Eq. 69 was used to calculate the oil viscosity used in Eq. 67 to determine deposition thickness.
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y = -0.3546x + 18.914
R2 = 0.9998(solid line)
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Figure 22.  Viscosity vs. Temperature Plot of Model Oil 

Multiple calibration runs using different flow rates and tubing wall temperatures were performed 
to compare results with the literature data (Singh, 2000).  Three calibration runs were conducted 
using flow rates corresponding to Reynolds Number of 1,040, 520, and 260 with the tubing wall 
temperature of 4.5°C .  These results are summarized in Figures 23 through 25.  The experiment 
with the Reynolds Number of 260 was repeated using a different tubing wall temperature of 
9.5°C (Figure 26).  In these figures, (r/R) was plotted against time, where r is the inner radius of 
the test section available for oil flow and R is the inner radius of the test section.  When there is 
no wax deposition in the flow loop, r = R, and therefore, r/R=1.  In contrast, r = 0 when the flow 
loop is completed blocked by wax deposition and so r/R=0.  Also plotted in these figures are the 
upper and lower bounds of the error envelope calculated using Eq. 68.  Results from our 
calibration runs were compared with results from the literature (Singh et al., 2000) where the 
literature data were plotted as smooth solid curves in those figures. 

As you can see from Figures 5 to 8, results from our flow loop calibration runs match really well 
with the literature data under different experimental conditions using the same model oil.  With 
our flow loop properly calibrated, the next step is to measure wax deposition using Alaskan 
crudes. 
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Figure 23. Calibration Results vs. Singh’s Data (Singh et al. 2000),
Re= 1,040, Wall Temperature = 4.5°C  

Figure 24. Calibration Results vs. Singh’s Data (Singh et al. 2000),
Re= 520, Wall Temperature = 4.5°C  
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Figure 25. Calibration Results vs. Singh’s Data (Singh et al. 2000),
Re= 260, Wall Temperature = 4.5°C  

Figure 26. Calibration Results vs. Singh’s Data (Singh et al. 2000),
Re= 260, Wall Temperature = 9.5°C  
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4.6. Model Development 
To simulate the process of wax deposition in oil production strings, we start from developing a 
simplified model to predict wax deposition of model oils in our flow-loop experiments. Results 
from flow-loop experiments using crude oils provided by ConocoPhillips will be used to expand 
the model. 

In developing the model, we assume that 

1. the deposition process is quasi-steady-state,
2. molecular diffusion is the dominant mechanism of the wax deposition, and 

particulate deposition is negligible,
3. heat only transfers from the oil-gel interface to the cold pipe wall (1-D heat 

transfer),
4. shear removal is negligible.

During the deposition process, there is a radial convective flux of wax molecules towards the 
cold pipe wall due to the fact that the wax concentration in the liquid phase at the centerline is 
higher than that at the wall. 

The mass balance can be written as: rate of wax content change in the gel = convection of wax 
from bulk into the gel in the radial direction

iwaxbwax
wax mm

dt
dm

,, �� 
�

which can be expressed as
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where,
wx : weight fraction of solid wax in the gel

wbC : bulk concentration of wax (g/cm3) 

wsC : solubility of wax in the oil solvent (g/cm3)  
L : length of the flow loop (cm) 
R : radius of the flow loop (cm) 

lk : mass transfer coefficient (cm/sec) and 
R

DNu
k wom

l 2
�
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iT : interfacial temperature

Rearranging Eq. (70) yields
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Defining )/1( Rry i
� , Eq. (71) can be transformed into the following dimensionless form 
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The addition of wax in the growing gel deposit is the results of the convective mass flux of wax 
molecules from the bulk to the interface and the diffusive flux of wax molecules within the gel 
deposit, which can be expressed as 

waxaddition
convection conduction

dm
m m

dt
� 
� � .

In the radial direction, it can be written as
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where,

eD : effective diffusivity of wax into the gel (cm2/sec) ; 2 21 /(1 )
wo

e
w w

DD
x x)

�
� 


) : aspect ratio

Eq. (73) can also be expressed in the dimensionless form as 

! "( ) ( )l e ws
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where chain rule was applied to transform ws

i

dC
dr

using the following equation 

ws ws

ii

dC dC dT
dr dT dr
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Combining Eq. (72) and Eq. (74), we obtain the following equation to calculate the growth of 
deposition thickness 
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�
2
12

�
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For the model oil used in the example calculation, wsdC dT is provided by Singh et al [1](1999). 
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The heat conduction through the deposit is a sum of the radial convective heat flux and the latent 
heat of solidification that can be described by the following equation 

! " fiwswblibi
ii

aie HTCCkTTh
rRr

TTk
�
�
�



)()(

)/ln(
)(

     (77) 

where
ek : effective thermal conductivity of the gel (W/cm/K); 
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oilk : thermal conductivity of oil (W/cm/K)

waxk : thermal conductivity of wax (W/cm/K)

ih : heat transfer coefficient (W/cm2/K); 
R

kNu
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hi 2
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fH� : heat of solidification of wax (J/g)

aT : wall temperature (K)

bT : bulk temperature (K) 
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� �� �1/31.24 100i i iNu Gz for Gz� � ( [4]     (81) 

,heat transfer i h mass transfer i m� �

hGz : Graetz number for heat transfer; LRGzh /)2Pr(Re ���

mGz : Graetz number for mass transfer; LRScGzm /)2(Re ���

For the overall mass balance, the change in the wax content of the bulk oil is the total amount of 
wax deposited as gel and can be described by the following dimensionless equation:  

2

0
( ) (2 )

L

R wbo wb w gelV C C R y y x dL+ �
 � 
�    (82) 

where
)/1( Rry i
�

wboC : initial bulk concentration of wax (g/cm3) 

RV : total volume in the closed system (cm3) 
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4.7. Solution Algorithm
For a given location in the production string, set initial values of deposition thickness, wax 
content of gel deposit to be zero; interfacial temperature to be the same as wall temperature. 
Then, solve Eqs.(74) and (76) simultaneously using the Runge-Kutta method to calculate 
deposition thickness and wax content based on initial values. Next, calculate the interface 
temperature, Ti, using Eq. (80) and bulk wax concentration using Eq. (83). Repeat the process 
until Ti converges and then move to the next time step. Use the same procedure to calculate wax 
deposition along the whole length of the production string. 

4.8. Model Prediction of Wax Deposition of Model Oil 
A computer program was developed based on the model described in the previous section. Using 
the computer program, we simulated wax deposition under different wall temperatures and flow 
rates. The model oil consists of 3:1 ratio of Blandol white mineral oil and kerosene were used as 
the solvent to dissolve 0.67wt% food grade wax. The wax composition in the model oil is shown 
below in Figure 27. The Wax Appearance Temperature (WAT) for the model oil is 13.9°C. 
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Figure 27. Wax composition in model oil 

Figures 28 and 29 compare model predictions and experimental data from our flow-loop 
experiments on wax deposition under different wall temperatures and flow rates, respectively. As 
shown in Figures 2 and 3, the computer model predicts results from our flow-loop experiments 
reasonably well under different flow conditions. 



38

0.8

0.82

0.84

0.86

0.88

0.9

0.92

0.94

0.96

0.98

1

0 0.2 0.4 0.6 0.8 1 1.2 1.4 1.6 1.8 2

Time(day)

r/
R

Twall=8.3oC(experiment)

Twall=7.2oC(experiment)

Twall=4.4oC(experiment)
Twall=8.3oC(simulation)

Twall=7.2oC(simulation)

Twall=4.4oC(simulation)
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Figures 30 and 31 compare our model predictions with experimental data from the literature. As 
shown in Figures 28 and 29, the computer model predicts wax deposition results under different 
flow conditions from the literature really well. 
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ABSTRACT 
The medium-heavy oil (viscous oil) resources in the Alaska North Slope are 

estimated at 20 to 25 billion barrels. These oils are viscous, flow sluggishly in the 
formations, and are difficult to recover. Recovery of this viscous oil requires carefully 
designed enhanced oil recovery processes. Success of these recovery processes is 
critically dependent on accurate knowledge of the phase behavior and fluid properties, 
especially viscosity, of these oils under variety of pressure and temperature conditions. 
This project focused on predicting phase behavior and viscosity of viscous oils using 
equations of state and semi-empirical correlations.

An experimental study was conducted to quantify the phase behavior and physical 
properties of viscous oils from the Alaska North Slope oil field. The oil samples were 
compositionally characterized by the simulated distillation technique. Constant 
composition expansion and differential liberation tests were conducted on viscous oil 
samples. Experiment results for phase behavior and reservoir fluid properties were used 
to tune the Peng-Robinson equation of state and predict the phase behavior accurately. A 
comprehensive literature search was carried out to compile available compositional 
viscosity models and their modifications, for application to heavy or viscous oils. With 
the help of meticulously amassed new medium-heavy oil viscosity data from 
experiments, a comparative study was conducted to evaluate the potential of various 
models. The widely used corresponding state viscosity model predictions deteriorate 
when applied to heavy oil systems. Hence, a semi-empirical approach (the Lindeloff 
model) was adopted for modeling the viscosity behavior. Based on the analysis, 
appropriate adjustments have been suggested: the major one is the division of the 
pressure-viscosity profile into three distinct regions. New modifications have improved 
the overall fit, including the saturated viscosities at low pressures. However, with the 
limited amount of geographically diverse data, it is not possible to develop a 
comprehensive predictive model. Based on the comprehensive phase behavior analysis of 
Alaska North Slope crude oil, a reservoir simulation study was carried out to evaluate the 
performance of a gas injection enhanced oil recovery technique for the West Sak 
reservoir. It was found that a definite increase in viscous oil production can be obtained 
by selecting the proper injectant gas and by optimizing reservoir operating parameters. A 
comparative analysis is provided, which helps in the decision-making process.
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EXECUTIVE SUMMARY
The medium-heavy oil (viscous oil) resources in the Alaska North Slope are 

estimated at 20 to 25 billion barrels. Most of the Alaska North Slope heavy oil resources 
lie in the West Sak, Milne Point, and Ugnu reservoirs, close to both the Prudhoe Bay oil 
field and the Trans Alaska Pipeline System, which serve as the necessary infrastructure 
for production facilities and transportation. At present, viscous oils from “West Sak-
Schrader Bluff” formation are being developed. With conventional oil production on the 
Alaska North Slope projected to decline to 200,000 bbl/day to 400,000 bbl/day by 2015, 
there will be a critical need for pumping additional liquid to provide an adequate volume 
for economic operation of the Trans Alaska Pipeline System as well as for meeting 
growing demand.  Production of heavy oil resources on the Alaska North Slope could 
supply the needed fluid volume if the oil could be produced economically and in 
sufficient quantity. These oils are viscous, flow sluggishly in the formations, and are 
difficult to recover. Recovery of this viscous oil requires carefully designed enhanced oil 
recovery processes. The principal technological issues and challenges in heavy oil 
recovery identified by Alaska North Slope operators are complex fluid phase behavior 
and lack of pressure-volume-temperature characterization data, phase behavior changes 
in the presence of a solvent, and unpredictable viscosity behavior and its influence on 
flow. Success of the enhanced oil recovery processes is critically dependent on accurate 
knowledge of phase behavior and fluid properties, especially viscosity, of these oils under 
variety of pressure and temperature conditions.  This project focused on predicting phase 
behavior and viscosity of viscous oils using equations of state and semi-empirical 
correlations.

To address the issues related to Alaska North Slope heavy oil recovery, we conducted 
a comprehensive research program designed to develop a fundamental understanding of 
the fluid phase behavior, pressure-volume-temperature properties, and viscosity of 
Alaska North Slope heavy oils. The phase behavior and viscosity data can then be used as 
input for predicting Alaska North Slope heavy oil recovery through numerical reservoir 
simulation. Such a study is certainly needed for the successful future commercialization 
of heavy oil production technology in Alaska and other North American heavy oil 
resources.

The main objectives of this study were to quantify the phase behavior of the Alaska 
North Slope heavy oils experimentally, and through equation of state modeling in order 
to provide data for compositional reservoir simulation, evaluate the commonly used 
compositional viscosity models for predicting heavy oil viscosity and improve upon the 
performance of the selected model for better prediction of the viscosities of medium-
heavy oils from the Alaska North Slope. Finally, the tuned equation of state model will 
be used to perform a compositional reservoir simulation to predict the performance of the 
West Sak reservoir for different gas injection schemes and a variety of injection gases.

The phase behavior and fluid properties of viscous oils from the Alaska North Slope 
were experimentally studied. Flashed heavy oil samples from the Alaska North Slope 
were recombined with methane at reservoir conditions to simulate live oils. Compositions 
of two representative heavy oil samples were determined using simulated distillation 
technique. Constant composition expansion, differential liberation, and viscosity 
measurement experiments were conducted on the oil samples for analyzing the phase 
behavior and fluid properties. Phase behavior was modeled by tuning the equation of 
state with measured data. The Peng-Robinson equation of state was successfully tuned 
and it provided satisfactory match of experimental data.  Using a wide range of medium-
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heavy oil viscosity data, a comparative study was conducted to evaluate the potential of 
various viscosity models. The widely used corresponding state viscosity model 
predictions deteriorate when applied to heavy oil systems. Hence, a semi-empirical 
approach (the Lindeloff model) was adopted for modeling the viscosity behavior of 
viscous oils. Based on the analysis, appropriate adjustments have been suggested: the 
major one being the division of the pressure-viscosity profile into three distinct regions. 
These new modifications to the Lindeloff model have improved the overall fit of 
experimental viscosity data, including the saturated viscosities at low pressures. 
However, with the limited amount of geographically diverse data, it is not possible to 
develop a universal predictive model. Based on this comprehensive phase behavior 
analysis of the Alaska North Slope crude oil, a compositional reservoir simulation study 
was carried out, with the tuned Peng-Robinson equation of state, to evaluate the 
implications of using gas injection as an enhance oil recovery technique for the West Sak 
reservoir. It was found that a definite increase in viscous oil production can be obtained 
with the proper selection of an injectant gas and optimized reservoir operating 
parameters. A comparative analysis of several enhanced oil recovery scenarios is 
provided. 
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Chapter 1 INTRODUCTION
United States’ largest domestic deposits of heavy hydrocarbons are in Alaska, 

California, and Utah. Out of the total US heavy oil resources, about 20 to 25 billion 

barrels exist on the Alaska North Slope (ANS). The ANS heavy oils typically lie in what 

is called “A Class”: medium-heavy oil (Figure 1.1). The A Class type oils are of 

moderate API gravity and relatively low downhole viscosity and hence are less 

problematic to produce than B or C Class oils. Most of the ANS heavy oil resources lie 

close to both the Prudhoe Bay oil fields and the Trans Alaska Pipeline System (TAPS), 

which serve as the necessary infrastructure for production facilities and easy transport. 

With conventional oil production on the ANS projected to decline to 200,000 to 400,000 

bbl/day by 2015, there will be a critical need for pumping additional liquid to provide an 

adequate volume for economic operation of the TAPS. Production of heavy oil resources 

on the ANS could supply the needed fluid volume if the oil could be produced 

economically and in sufficient quantity. Blending heavy oil with light oil would provide 

sufficient viscosity reduction to support transportation through the TAPS. The ANS 

heavy oil resources are also low in sulfur, heavy metal content, and asphaltenes, thereby 

increasing suitability for refining. The heavy oil belt lies above existing ANS light oil 

fields where geologic description is well known saving associated exploration cost. 

Development of ANS heavy oil also offers other intangible benefits such as opportunities 

for carbon sequestration.

Figure 1.1  Classification of Heavy Oils (Francois, 2003) 

ANS
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1.1 Heavy Oil Potential of the Alaska North Slope  

The Alaska North Slope contains vast resources of heavy oils primarily concentrated 

in the West Sak, Milne Point, and Ugnu reservoirs. There are currently five fields 

producing viscous oil in Alaska: Orion, Polaris, Schrader Bluff, Tabasco, and West Sak. 

The West Sak and Ugnu heavy oil deposits lie within the Kuparuk River Unit (KRU) 

while the Orion and Polaris heavy oil belts are classified under the Prudhoe Bay Unit. 

The Schrader Bluff viscous oil formation overlies the Kuparuk River formation and 

primarily comes under the Milne Point Unit. General delineation of these pools is shown 

in the Figure 1.2. At present, viscous oils from “West Sak-Schrader Bluff” formation are 

being developed. 

Figure 1.2  Alaska’s Viscous Oil Reserves (Source: BP Exploration Alaska Inc. 
presentation to Alaska Department of Revenue, February 18, 2005) 

The Ugnu formation overlies the West Sak formation under the Kuparuk River Unit. 

The estimated total oil in place within these reservoirs amounts to about 20-25 billion 

barrels, with about two-thirds of the heavy oil lying under the Kuparuk River Unit. 

(Targac et al., 2005). Figure 1.3 shows a cross-section of the various viscous oil 

formations in this heavy oil belt on the ANS. 
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Figure 1.3  Cross Section of Alaska’s Viscous Oil Deposits (Source:  International 
Energy Agency, Resources to Reserves, November 2005, page 76) 

Despite the large reserve of heavy oil on the ANS, production of heavy oil from the 

ANS has been very limited. Currently, only about 12,000 bbl/day of heavy oil is 

produced from the West Sak and Orion fields. Principal technological issues and 

challenges in heavy oil recovery identified by ANS operators are:

1. Complex fluid phase behavior and lack of pressure-volume-temperature 

(PVT) characterization data. 

2. Phase behavior changes in the presence of a solvent.

3. Unpredictable viscosity behavior and its influence on flow. 

4. Solids deposition in the pipeline and near-well bore regions.  

These problems are all directly or indirectly related to a poor understanding of the 

PVT characteristics and fluid phase behavior of heavy oil systems containing co-solvents, 

gases, asphaltenes and waxes. Lack of good correlations for predicting heavy oil viscosity 

adds to the problem. 

1.2 Heavy Oil Phase Behavior and Viscosity 

Phase behavior investigations of hydrocarbons, hydrocarbon mixtures, and crude oils 

are indispensable in petroleum and allied industries. Primary production, enhance oil 
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recovery (EOR) processes, and treatment of petroleum crude oils require thorough 

knowledge of phase behavior. Fluid pressure-volume-temperature (PVT) properties play 

an important role throughout the life of a reservoir. Reliable predictions of fluid 

properties are essential for determination of in-place volumes and recovery factors 

through material balance equations. Reservoir fluid properties provide key input to 

simulators used to evaluate reservoir development strategy. Accurate PVT properties are 

required for interpretation of well test data and design of surface facilities and processing 

plants. Fluid characterization and distribution within the reservoir help in defining the 

continuity and communication within various zones (Nagarjan et. al., 2006). Both 

compositional and black oil simulators require input of fluid properties or models 

describing the fluid properties as function of pressure, temperature, and composition.  

The phase behavior of heavy oil systems is complex and often exhibits unusual and 

completely unanticipated phenomena such as the appearance (or disappearance) of 

additional liquid and/or solid phases with changes in pressure or temperature (Abedi et 

al., 1998). Unless a comprehensive understanding of phase behavior and fluid properties 

of these heavy oils is obtained, effective development of these valuable resources will 

always be hindered. Addition of carbon dioxide, nitrogen, and light hydrocarbon gases to 

reservoir fluids as envisaged in a number of secondary recovery process schemes can 

induce complex and unusual phase and viscosity behavior over the ranges of pressure and 

temperature encountered (Nghiem et al., 2000). 

Correct fluid property data is vital for reservoir modeling and facilities design.

Similarly, it is also necessary to measure PVT phase-behavior as this data is typically 

useful for tuning compositional equations of state (EOS) for use in managing reservoir as 

well as offshore facilities design calculations. Viscosity is the primary fluid property 

targeted in most heavy oil recovery techniques. Additionally, viscosity is critical for 

calculating pressure loss and flow line sizing. Hence, viscosity data at a wide range of 

pressure and temperature conditions is needed for tuning viscosity correlations and 

testing viscosity models. Asphaltene precipitation from reservoir fluids during oil 

production can cause serious problems in the reservoir by permeability reduction and 

wettability alterations, the latter leading to either positive or negative effects on reservoir 

performance (Dandekar et al., 2000). However, if it takes place in the well bore or in the 

surface processing facilities, serious plugging problems and pressure losses will result 

(Ali, 1974). Asphaltene precipitation can occur during primary depletion of highly 
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undersaturated reservoirs or during miscible hydrocarbon gas or CO2 injection. The 

injection of hydrocarbon gases or CO2 for improved oil recovery (IOR) may promote 

asphaltene precipitation. However, this is primarily a function of pressure, temperature 

conditions, reservoir oil compositions, and more importantly the molecular weight or the 

‘richness’ of the injection gas (Kokal and Sayegh S, 1995). 

Fluid viscosity can be modeled in a number of ways. In the broader perspective, the 

models can be classified in the following ways: (1) theoretical models, (2) semi-

theoretical models, and (3) empirical models (Mehrotra et al., 1996). Generally, the 

theoretical models are very accurate. However, at present, these are applicable only for 

simple fluid systems, viz. simple gas-mixtures. Additionally, these theoretical models are 

computationally exhaustive and require many intangible variables that are intractable.

Since its inception, the oil industry has been largely dependent on empirical models. 

These models are generally simple to use and require easily available field-measured 

variables. At the same time, the results are within the acceptable margin of error. 

Over the years these empirical models have served the oil industry very well, albeit 

limited to the light oil reservoirs. When these empirical models are extrapolated to the 

heavy oils, they are usually insufficient to predict viscosity behavior. Additionally, 

though the effect of temperature is very well captured by these models, the effect of a 

lesser-viscous solvent addition to reduce the viscosity, is difficult to estimate. In

particular, the ANS heavy oil reservoirs have limitations for production strategies, due to 

the presence of permafrost. Here, the well-established thermal recovery methods cannot 

be applied. The main recovery methods could be Water-Alternating-Gas (WAG) or 

Vapor Extraction (VAPEX). For these methods to be applied, it is important to know the 

relationship between the amounts of solvent added versus a decrease in the viscosity.

Considering the above scenario, semi-theoretical models could provide an ideal choice to 

model the viscosities. These methods consist primarily of compositional models.  

Most of the compositional models are based on the principle of the corresponding 

states. The most famous compositional models are the Lohrenz-Bray-Clark (LBC) model 

(1964) and the Pedersen model (Pedersen et al., 1984; Pedersen and Fredenslund, 1987). 

These models are featured in most of the commercial reservoir modeling software 

available in the oil industry. They accurately predict the viscosities of the light oil 

systems; viscosities up to 10 cP. Because of their tremendous potential, numerous 

attempts have been made in the past few years to extend these models to heavy oils. A
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comparative study to demonstrate the performance of various models for predicting 

medium-heavy oil viscosity is necessary and useful for evaluation of recovery potential 

of these oils. Because of its remarkable promise, the new generation Lindeloff model 

(Lindeloff et al., 2004) needs to be studied in detail. 

1.3 Objectives of the Study 

To address the issues related to ANS heavy oil recovery, we conducted a 

comprehensive research program designed to develop a fundamental understanding of the 

fluid phase behavior, PVT properties, and viscosity of ANS heavy oils in the presence of 

solvents and gases. The phase behavior and viscosity data can then be used as input for 

predicting ANS heavy oil recovery through numerical reservoir simulation. Such a study 

is certainly needed for the successful future commercialization of heavy oil production 

technology in Alaska and other North American heavy oil resources. The specific 

objectives of this project were:

� Quantify the phase behavior of the ANS heavy oils experimentally and, 

through EOS modeling, provide data for compositional reservoir simulation.

The tuned EOS model forms the basis for reservoir scale simulations of EOR 

projects and various field development options. Tuned EOS are also required 

in compositional viscosity models.  

� Measure live and dead crude oil viscosity under the variety of pressure and 

temperature conditions encountered in the reservoir for validation of 

compositional viscosity models for ANS heavy oils.  

� Evaluate the commonly used compositional viscosity models and weigh their 

competence against each other based on the compiled medium-heavy oil 

viscosity data.

� Choose the best medium-heavy oil viscosity model for extended analysis. If 

possible, improve upon the performance of the selected model for better 

prediction of the viscosities of medium-heavy oils from ANS. The model will 

be validated by applying to the experimentally determined data sets 

representing the heavy oils from ANS, in addition to the data sets complied 

from other sources 

� Develop a tuned EOS model for the West Sak oil using available experimental 

data from the previous steps. 
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� Use the tuned EOS model to carry out compositional reservoir simulation to 

predict performance of the West Sak reservoir for different gas injection 

schemes and a variety of injection gases.
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Chapter 2 LITERATURE REVIEW
A review of literature pertinent to this study is presented in this chapter. This includes 

phase behavior experiments, phase behavior modeling, and oil viscosity prediction 

methods. Because phase behavior and viscosity prediction methods developed in this 

study were used to simulate viscous oil recovery from the West Sak reservoir, a 

background on the West Sak reservoir and enhanced oil recovery methods is also 

presented.

2.1 Phase Behavior Experiments

Reliable quantification of fluid phase behavior requires measurement of reservoir 

fluid properties at varying thermodynamic conditions of pressure and temperature. 

However, it is time consuming and expensive to measure the fluid phase properties at 

different conditions. Therefore, equations of state (EOS) are used to predict these 

properties. Predictions from EOS cannot be relied upon directly as they cannot accurately 

simulate the interactions between numerous hydrocarbon and non-hydrocarbon 

components present in petroleum crude oil. In order to have meaningful and accurate 

estimates of fluid properties and phase behavior, EOS require some amount of tuning to 

match with experimental data. 

Phase behavior of any system is dictated by its pressure, temperature, and 

composition. Experimental phase behavior studies include measuring volumetric 

properties as a function of pressure and temperature. Constant composition expansion, 

differential liberation, and separator tests were conducted to analyze the volumetric 

properties of the heavy oils. Nagarajan et al. (2006) reviewed the entire process from 

fluid sampling to tuning EOS for all types of reservoir fluids. They also focused on the 

key laboratory fluid analyses for capturing the fluid phase behavior for different 

production strategies ranging from simple depletion to complex tertiary recovery.

Over the past few years studies have been conducted to understand the recovery 

mechanisms from heavy oil fields. Heavy oil reservoirs tend to be low pressure and low 

energy systems. Satik et al. (2004) carried out a study of Venezuelan heavy oil solution 

gas drive. This included PVT tests and depletion tests on live heavy oil samples. They 

concluded that for heavy oils non-equilibrium characteristics play a major role in 

interpreting depletion experiments and recommended non-conventional PVT tests like 

constant composition expansion without any external mixing and differential wait 
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interval between consecutive pressure steps. Several mechanisms have been suggested to 

explain the recovery in heavy oil fields. Sand co-production, foamy oil drive reservoir 

compaction, high critical gas saturation, and low gas mobility are some of the factors 

identified to be responsible for heavy oil recovery. High critical gas saturation (Whitson 

et al., 1983) and low gas mobility (Cenzig et al., 2004) are considered to be the primary 

mechanisms for high solution gas drive recovery. 

Viscosity reduction is the primary task in improving heavy oil recovery. Thermal 

recovery processes are effective in reducing the oil viscosity by increasing the reservoir 

temperature. Though very effective, thermal recovery process is not suitable for many 

reservoirs, especially those with thin pay zones, environmental constraints, or depth 

issues. For moder����=�<)�4%6��%)����:G�����4!	�#%#-thermal methods are more effective 

compared to thermal ones. Application of non-thermal processes requires reliable 

prediction of process performance which requires knowledge about mechanisms active in 

the process and contribution of each toward total oil recovery.  

Non-thermal EOR of heavy oil involves solubilization of solvent into oil, mass 

transfer from vapor to liquid by diffusion, reduction of oil viscosity by solvent dilution, 

mixing of diluted and undiluted oil by mixing and diffusion, and upgrading of oil by 

asphaltene precipitation and deposition. This mechanistic study requires knowledge of 

solubility and viscosity behavior of the oil-solvent system. Ted et al. (2002) carried out 

PVT and viscosity measurements for Lloyminster-Aberfeldy heavy oils in the presence of 

solvents. A capillary viscometer was used online with a PVT cell to measure the oil 

viscosity for the solvent-oil mixtures. Methane, ethane, propane, and CO2 were used as 

solvents and the phase behavior in the presence of each solvent was quantified. They also 

confirmed formation of asphaltene at high solvent loading for oil-propane system.

Roper (1989) conducted an experimental phase behavior study of a CO2-West Sak 

heavy oil system. This study included conventional PVT tests like constant composition 

expansion and differential liberation tests and online viscosity measurement with 

capillary viscometer for West Sak heavy crude oil. The effect on swelling behavior and 

viscosity of West Sak oil was observed for different loadings of the solvent CO2. At a 

CO2 loading of 60 mol% onward, solid precipitation was observed which increased with 

increasing pressure. A 75% reduction in live oil viscosity was reported with first contact 

miscible 60 mol% CO2-live West Sak oil system. DeRuiter et al. (1994) reported on static 

equilibrium experiments to measure the solubilities of methane, ethane, propane, butane, 
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and CO2 in West Sak heavy oils. Physical properties including viscosity, density, and 

other volumetric properties were measured for live oil-solvent systems once equilibrium 

was achieved. They also carried out miscibility measurements with slim tube 

displacement experiments for selected injection gas/oil system. They concluded that West 

Sak oil viscosity is strongly controlled by its dead oil properties and the amount of 

solvent gas but not by the type of gas dissolved. Asphaltene deposition was observed in 

static and dynamic displacement experiments for West Sak oils at reservoir conditions for 

propane and butane which were found to be first contact miscible (FCM) and multiple 

contact miscible (MCM) to immiscible with increased dilution with lean gas. Okuyiga 

(1992) characterized the EOS and modeled the viscosity data for West Sak heavy oils. 

2.1.1 Compositional Characterization

Petroleum crude oils contain thousands of components that determine their physical 

properties. Compositional description is required in both production and refining of crude 

oils. Compositional information is the basic information required for modeling phase 

behavior of the system. ASTM Standard D2892(01) for true boiling point (TBP) 

distillation is an accepted standard in the petroleum industry for determining the boiling 

range distribution of crude oils. But TBP distillation is time consuming and requires a 

large volume of sample. Simulated distillation by gas chromatography (GC) on other 

hand is a very quick technique for quantification of the composition of crude oil and 

takes only micro liters of sample. The ASTM Standard D2887(04) is an accepted 

chromatographic method for oils with final boiling points less than 538°C (1000°F). In

this method the boiling range is calibrated by eluting the mixture of n-paraffins in gas 

chromatograph. But discrepancies occur when the data from these two methods is 

compared. Chorn (1984) in his experimental study of simulated distillation by GC 

suggested procedural and methodical modifications to ASTM Standard D2887(78) to 

improve the match with TPB data. McAllister, et al. (1985) studied the discrepancies 

between the results of TBP and simulated distillation by GC techniques and proved that 

the area counts of simulated distillation correspond to mass percent and not volume 

percent. They suggested the use of an internal standard to calculate the non-eluted 

fraction of the oil. 

Okuyiga (1992) also studied the mismatch between the results of TBP and simulated 

distillation by GC. An alternative approach was taken to obtain single carbon number 
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molecular weights and specific gravities by performing a regression using the results 

from the TBP distillation. In this scheme, initial estimates were made for the pseudo-

component molecular weights and specific gravities using the GC-determined weight 

fractions of the distillation cuts. The calculated values were then compared to the 

experimental values determined for the cuts in the laboratory with TBP distillation. The 

difference was used to guide the estimated values toward optimal ones using nonlinear 

regression. Exponential functions were used to correlate the molecular weights and the 

specific gravities as functions of carbon number to reduce the regression parameters. The 

values for the molecular weight and specific gravity of the plus fraction were treated as 

separate parameters since its equivalent carbon number was unknown. With this 

methodology the results of TBP distillation and simulated distillation were matched. 

2.1.2 Constant Mass Expansion  

Constant mass expansion is also known as constant composition expansion (CCE). 

The reservoir fluid at reservoir pressure and temperature conditions is expanded and the 

change in volume is measured at isothermal conditions. This enables computation of the 

bubble point pressure which is taken as a point at which the slope of volume vs. pressure 

plot changes abruptly. Compressibility of the oil is calculated by the following equation: 
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2.1.3 Differential Liberation

This experiment is carried out on heavy oils. This test simulates the reservoir 

depletion process. The reservoir fluid is kept in a PVT cell at reservoir pressure and 

temperatures conditions. The pressure in the cell is reduced and liberated gas is collected 

in stock tank conditions of 14.7 psia pressure and 60°F. The test is conducted until the 

pressure of 14.7 psia and final residual oil volume measurement allows for the 

computation of solution gas/oil ratio and formation volume factor at every step of 

differential liberation. Figure 2.1 shows a schematic of the differential liberation 

experiment. 
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Figure 2.1 Schematic of Differential Liberation Experiment (Dandekar, 2005)

2.1.4 Separator Test

The reservoir fluid at reservoir temperature and pressure conditions is flashed to 

atmospheric conditions in two or three stages in series. Figure 2.2 provides a schematic of 

the separator test.

The primary objective of the separator test is to determine the optimum separator 

conditions that will give:

� A minimum of the total gas/oil ratio, 

� A maximum in the API gravity of stock tank oil, and  

� A minimum in formation volume factor of oil at bubble point conditions. 
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Figure 2.2 Schematic of the Separator Test

2.1.5 Minimum Miscibility Pressure

The miscible displacement process occurs when there is an absence of a phase 

boundary or interface between the displaced and displacing fluids. This condition is 

achieved when the interface between the fluids is absent and no interfacial tension exists 

between the mixed fluid phases. In a miscible displacement process, the injected gas 

directly mixes and forms a single phase with the reservoir oil when mixed at all 

proportions at the conditions existing at the interface between the oil and the gas. This 

results in the elimination of interfacial tension forces between the oil and displacing fluid. 

The pressure at which the interfacial tension becomes “zero” is termed as the Minimum 

Miscibility Pressure (MMP) (Rao, 1997).  

The MMP is one of the most important parameters in the determination of optimum 

operating conditions involving miscible gas displacement processes and should be 

accurately measured. “MMP for a CO2-reservoir fluid system is defined as the pressure at 

which 80% of the oil in place is recovered at CO2 breakthrough and 94% of the oil in 

place at a production gas/oil ratio (GOR) of 40,000 SCF/BBL is ultimately recovered.” 

(Holm and Josendal, 1974). “MMP is the lowest pressure at which all oil available for 

recovery can be displaced by 1.2 pore volumes of injected solvent.” (Metcalfe, 1979). 

In a majority of research, the criteria used for interpreting the displacements have 

included gas breakthrough, ultimate recoveries at a given volume of the solvent injection, 

Stage 1 Stage 2 Stage 3

Oil 1
Oil 2

Gas Gas

Stock Tank

Gas3
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visual observations of core effluents, compositions of produced gases and liquids, shapes 

of breakthrough, and ultimate recovery curves versus pressure (Rao, 1997). 

2.1.6 Factors Affecting MMP

Holm and Josendal (1980) put forth the following conclusions based on the 

experiments they carried out: 

� Dynamic miscibility occurs when the density of CO2 is greater than dense 

gaseous CO2. At this point CO2 solubilizes C5 to C30 hydrocarbon components 

in the reservoir oil. 

� The MMP increases as reservoir temperature increases.

� The MMP is inversely related to the total amount of C5 through C30

hydrocarbon components present in the reservoir oil. The more the amounts of 

these hydrocarbon components present in the oil, the lower the MMP. 

� Lower molecular weight hydrocarbon components promote miscibility and 

result in a lower MMP.

� Development of miscibility is almost independent of the presence of 

components C2 through C4. 

� The presence of a small amount of methane in the oil doesn’t change the 

MMP appreciably. As a deviation from this rule Alston et al. (1985) proposed 

a new equation accounting for the inclusion of methane and nitrogen 

concentration in reservoir oil. The correlation proved that a significant amount 

of these components in the reservoir oil increases the MMP.  

Ahmed (2007) described more parameters which affect the MMP: 

� Oil characteristics and properties including API gravity. 

� Injected gas composition. The presence of methane in injection increases the 

MMP.

� Oil molecular weight.

2.1.7 Experimental Methods to Determine the MMP

2.1.7.1 Slim Tube Displacement
Displacement of oil by gas through a porous medium simulates the gas injection 

process more closely than other tests and often is considered a definitive test. The 

displacement is conducted either in a core, extracted from the reservoir, or more often in 
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a long and narrow sand pack, known as a “slim tube”. A slim tube test is conducted to 

examine the flushing efficiency and fluid mixing during a miscible displacement process. 

Slim tube results are interpreted by making a plot of cumulative oil recovery versus pore 

volume of injected gas. Recovery with 1.2 pore volume of gas injection is plotted versus 

injection pressure. The point at which the recovery/pressure curve starts to flatten, as the 

displacement approaches near miscibility, and eventually forms a straight line starting at 

a certain pressure, is called the MMP (Danesh, 1998). 

The disadvantages associated with slim tube tests are:

� The experimental procedure is time consuming. 

� There are no precise miscibility criteria, resulting in the indirect interpretation 

of miscibility, such as the prediction of the MMP, from the oil recovery 

curves.

� Plugging of slim tubes can be a problem. 

2.1.7.2 Rising Bubble Apparatus (RBA) 
For quick and reasonable estimates of gas/oil miscibility, the RBA technique can be 

employed. Miscibility is determined by the change in shape and appearance of bubbles of 

injected gas as they rise through a visual high-pressure cell filled with crude oil. A series 

of tests are conducted at different pressures of the injected gas and the bubble shape is 

continuously monitored to determine miscibility. This test is qualitative in nature, as 

miscibility is inferred from visual observations. Some subjectivity is associated with the 

miscibility interpretation of this technique and the results, therefore, are somewhat 

arbitrary. The method requires a small amount of fluid quantities and is cheaper than slim 

tube tests. Also, no strong theoretical background appears to be associated with this 

technique and it provides only reasonable estimates of gas/oil miscibility conditions 

(Ahmed, 2007). 

2.1.7.3 Vanishing Interfacial Tension (VIT) Technique 
Rao (1997) put forth a new technique to determine gas/oil miscibility by measuring 

the interfacial tension (IFT) between the injected gas and reservoir fluid phases at 

reservoir temperature and at different pressures. The VIT technique is based on the 

concept that the IFT between the gas and crude oil phases at reservoir temperature must 

reduce to zero as these two phases approach the point of miscibility. The concept of zero 

IFT is based on the fact that the interface between the phases must vanish as they become 
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miscible with each other. Thus, MMP can be determined by measuring the gas/oil IFT as 

a function of pressure, down to as low as the measurement apparatus allows, and then 

extrapolating the data to zero IFT. The present work deals with this new VIT technique 

using a pendant drop apparatus. 

2.1.7.4 Pendant Drop Method 
The pendant drop method is used to measure the gas/oil IFT at high pressures and 

temperatures. Figure 2.7 shows a liquid droplet hanging from the tip of a needle in a high 

pressure optical cell filled with equilibrated vapor (Dandekar, 2006). 

Figure 2.3  Pendant Drop Shape (Source: www.pet.hw.ac.uk) 

The shape and size of the liquid droplet at static conditions is dependent upon surface 

and gravity forces acting at the gas/oil interface. The pendant drop assembly is normally 

integrated to a high pressure cell that can be maintained at constant temperature and 

pressure as required for experimental conditions. The equilibrium shape of the hanging 

pendant drop is a balance between the forces acting on the drop, namely gravity. Gravity 

pulls the drop down by elongation and surface tension which acts to prevent the growth 

of surface area and pulls the drop into a spherical shape. The shape of the drop contains 

both the density and the surface tension of the liquid, and this helps form the gas/oil IFT 

equation (Dandekar, 2006): 
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g = acceleration due to gravity, cm/s2.

,l = liquid phase density, g/cc. 

,v = gas phase density, g/cc.

de = equatorial diameter of the maximum horizontal diameter of the drop, cm.

ds = diameter of the drop measured at a distance de above the tip of the drop, cm.

H = drop shape factor as a function of S = ds/de. 

Niederhauser and Bartell (1947) have determined and reported the values of H, by 

relating the pressure difference across the interface to the interface curvature. First, the 

value of S is determined and then the drop shape factor, H, can be read from the tables 

published by Niederhauser and Bartell. In the absence of these tables, the drop shape 

factor can also be calculated using equations proposed by Misak (1968).

The advantages associated with the pendant drop method are that a small amount of 

liquid samples is required and the test can be performed at elevated temperatures and 

pressures. The time required for completion of the experiments is far less than for the 

slim tube test and the apparatus is easy to set up. The major disadvantage is that this 

method is not applicable at very low tension values. As miscibility or the critical point 

between fluid/fluid phases is approached, due to rapid diffusion of drops into the 

surrounding gas, it is difficult to measure the drop shape factor accurately. As in the case 

of RBA, this test is qualitative in nature, as miscibility is inferred from visual 

observations. Hence, some subjectivity is associated with the miscibility interpretation of 

this technique (Orr Jr. and Jessen, 2007). 

2.1.8 MMP Determination Using Equation of State Modeling

Phase behavior calculations of reservoir fluids are routinely made using EOS in the 

petroleum industry. The phase behavior of oil in miscible injection processes consists 

mainly of mass transfer as well as composition changes. It is important to tune the EOS, 

prior to use, for accurate prediction of properties. Cubic EOS like Peng-Robinson (1976) 

is widely used for convenient and flexible calculation of the complex phase behavior of 

the reservoir fluids. The Peng-Robinson equation is (Patil, 2006): 
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a and b = mixing coefficients.

Ia �#(�Ib = constants.

J���4%���4�)%#� ��4�%��2�)4�� )��(�1�#(�#��%#� ���� ��(64�(� ��01����6��� �#(�K6�(���)4�

function based on the acentric factor. 

P, V, and T = pressure, mole volume and temperature of the components. 

Peng-Robinson (1978) recommended a modification to the acentric factor and the 

resulting equation was described as PR-EOS. Parameters like bubble point, liquid phase 

densities, and compositions may differ by several percent from experimental values. 

These inconsistencies in EOS predictions are from insufficient characterization of the 

plus fractions, inadequate binary interaction coefficients, or incorrect overall 

composition. Usually, most EOS predictions are not accurate. Therefore, before using 

these EOS for phase-behavior calculations, it is necessary to calibrate the EOS against the 

experimental data by adjusting the input values of the EOS parameters to minimize the 

difference between the predicted and measured values. Critical pressure (Pc), critical 

temperature (Tc	���#(��4�#��)4���4�%���?	 of the plus fraction or direct multipliers on EOS 

constants can be modified for matching experimental data obtained from PVT studies on 

reservoir fluid (Alurkar, 2007). The adjustment which is done via regression analysis is 

known as “equation tuning”, and shall be described in the later part of the work. 

2.1.9 Previous Work on MMP Measurements Using VIT Technique

Rao (1997) first demonstrated the applicability of VIT to measure the MMP. He 

experimentally demonstrated the applicability of the VIT technique to show miscibility in 

a live reservoir crude oil-gas system at reservoir temperature and varying pressures. Rao 

used different gas enrichment levels to determine the Minimum Miscibility Enrichment 

(MME). The composition of injectant gas was successfully optimized for the miscibility 

by performing a VIT experiment with varying gas compositions at an experimental 

pressure of 30 MPa and 60°C. These experiments were performed on oil samples 

obtained from Rainbow Keg F Pool reservoir in Canada.  

Rao and Lee (2000) performed VIT experiments on Terra Nova Oil Samples. The 

reservoir temperature and pressure conditions were the same as described above. They 

compared the results of Minimum Miscibility Composition (MMC) and MMP obtained 

from VIT experiments with those of slim tube tests and found a good match. In these 

experiments Rao and Lee used the computerized axi-symmetric drop shape analysis 
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technique to determine IFT. Rao and Lee showed that an increase in composition of 

intermediate hydrocarbons in the oil decreases the MMP. The MMPs calculated 

experimentally were within 5% of those observed visually in the experimental cell. They 

proved that results obtained from the VIT technique were rapid, reproducible, and 

quantitative, in addition to providing visual evidence of miscibility between injected gas 

and live reservoir oil. 

Ayirala and Rao (2003) put forth a comparative study of MMP measured using the 

VIT technique with EOS calculations. For this purpose they used oil samples from 

Rainbow Keg River (RKR) and Terra Nova reservoirs. PR-EOS within a commercial 

software package was used and the effects of tuning and non-tuning the EOS on MMP 

calculations were examined. For these two reservoir cases, tuned PR-EOS yielded 

significant differences between MMPs from EOS calculations and VIT measurements, 

while untuned PR-EOS yielded a reasonable match with experiments. In the case of RKR 

crude oil, the untuned EOS predictions were consistently higher by about 3.0-5.0 MPa 

than the experimental MMP from the VIT technique. For Terra Nova crude oil, in three 

out of five cases studied, the visible MMPs from the VIT experiments reasonably 

matched with untuned EOS calculations. Based on these comparisons of VIT results with 

EOS predictions, Ayirala and Rao demonstrated that this new technique of VIT is quite 

promising and reliable. 

Rao and Ayirala (2004) applied the VIT technique as a part of IOR using Gas 

Assisted Gravity Drainage (GAGD) as an alternative for the Water Alternating Gas 

Injection Process. Process optimization was done by determining miscibility pressures 

and compositions through the use of the VIT technique.  

Yang and Gu (2004) used VIT to study interfacial interaction in the crude oil-CO2

systems under reservoir conditions. The experimental results were similar as described by 

Rao in his work. They used the axi-symmetric drop shape analysis (ADSA) to measure 

the IFT and to visualize the interfacial interactions between crude oil and CO2 at high 

pressures and elevated temperatures. A number of important physical phenomena were 

observed when the crude oil was contacted with CO2, including the following: oil 

swelling, light-ends extraction, initial turbulent mixing, skin layer, oil drop movement, 

wettability alteration, asphaltene precipitation, and bubbling at the crude oil-CO2

interface. In particular, the light-ends extraction, initial turbulent mixing, and wettability 

alteration are the major characteristics of CO2 flooding processes. In addition, Yang and 
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Gu anticipated that wettability alteration may have significant effects on the ultimate oil 

recovery and CO2 sequestration.  

Ayirala and Rao (2006) investigated the applicability of the VIT technique to 

determine miscibility and to measure dynamic gas/oil IFT using the capillary rise 

technique. Ayirala performed experiments for two standard gas/oil phase systems of 

known phase behavior characteristics (CO2-n-decane and 25 mol% methane + 30 mol% 

n-butane + 45 mol% n-decane with CO2). Results obtained from the experiments were 

compared to those obtained from slim tube tests. Their experiments further validated the 

VIT technique to measure gas/oil miscibility using the capillary rise technique. 

Orr Jr. and Jessen (2007) made an analysis of various crude oil systems used in the 

past to determine MMPs and tried to simulate VIT experiments. They compared 

estimates obtained from the calculation of MMPs using the VIT technique with those 

from solutions of the differential equations that describe the interactions of the flow and 

phase equilibria. They came to the conclusion that results obtained from the VIT 

technique differed substantially from the MMP observed in displacement experiments. 

According to Orr Jr. and Jessen, the uncertainty in the VIT estimate of MMP arises from 

a fundamental limitation of the experiment in that VIT investigates the mixture 

compositions which are linear combinations of the initial oil and injection gas that are 

quite different from the critical mixture that forms at the MMP in a gas/oil porous 

medium like the slim tube test.

Sequeira and Rao (2008) further validated results obtained from Ayirala’s 

experiments and extended the study for CO2-live oil reservoir systems. In their 

experiments Sequeira and Rao made detailed compositional analysis and density 

measurements of vapor and liquid phases to infer information on mass-transfer 

interactions and to determine the controlling mass transfer mechanism (vaporizing drive, 

condensing drive, or both) that governs the attainment of miscibility. They further 

investigated the compositional dependence of MMP and provided results based on 

varying gas/oil ratios (both molar and volumetric) in the feed mixture. Their results 

further demonstrated the reproducibility of VIT experiments. 

2.1.10 MMP Correlations

Ahmed (1988) briefly described various methods for determination of MMP. These 

methods were primarily dependant on the molecular weight of C5+, temperature, and the 
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weighted-composition parameter (based on partition coefficients of C2 through C37 

fractions). Some of the correlations studied required only the input of reservoir

temperature and the API gravity of the fluid. Orr Jr. and Silva (1987, Part 2) showed that 

MMP changes as oil composition changes, and hence oil composition should be taken 

into account while determining MMP. Alston et al. (1985) proved that the presence of 

methane and nitrogen significantly increases the MMP. The ANS oils contain appreciable 

amount of methane, hence Alston’s correlation was used to compare the results of 

experimental findings with the correlation findings. The various correlations for the CO2-

crude oil system are described below.

2.1.10.1 Newitt et al. Correlation (1996) 
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Where,

EVP = Extrapolated vapor pressure, psi. 

T = system temperature, °R

The values of EVP can be correlated to MMP for low temperature reservoir 

(T<120°F), using CO2 vapor pressure plots. 

2.1.10.2 Yellig and Metcalfe Correlation (1980) 
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Where,

T = system temperature, °R.

Yellig and Metcalfe pointed out that, if the bubble point pressure of the oil is greater 

than the predicted MMP, then the CO2 MMP is set equal to the bubble point pressure. 

2.1.10.3 Alston et al. Correlation (1985) 
Alston proved that presence of significant amount of methane and nitrogen in the 

crude oil increases the MMP.
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Where,

T = system temperature, °R.

MC5+ = molecular weight of pentane and heavier fractions in the oil phase. 
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Xvol = mole fraction of volatile (C1 and N2) oil components. 

Xint = mole fraction of intermediate oil components (C2-C4, CO2, and H2S).

2.1.10.4 Firoozabadi and Aziz’s Correlation (1986) 
For a lean gas/crude oil system use:
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where,

I = concentration of intermediates in the oil phase, mol%. 

T = system temperature, °R.

MC7+ = molecular weight of heptane and heavier fractions in the oil phase. 

2.2 Equation of State Modeling of Phase Behavior  

Many empirical correlations have been developed by analyzing the PVT reports of 

oils from different fields to simplify the incorporation of fluid properties into the material 

balance equation. All these correlations have the absence of composition and are 

commonly referred to as black oil correlations. These black oil correlations express PVT 

and fluid properties in terms of solution gas/oil ratio, oil and gas gravities. Many of the 

black oil correlations have been listed in text of Ahmed (1989). Ostermaan et al. (1983) 

analyzed the PVT properties of Alaskan oils from the Cook Inlet basin and checked the 

accuracy of existing black oil correlations in literature. Many of the black oil correlations 

were developed by analyzing the PVT properties of crude oils of a particular region. The 

black oil model assumes that the reservoir fluids consist of three components (water, oil, 

and gas) in a three-phase system (liquid, gas, and gas in solution), with components 

miscible in all proportions. Due to absence of composition, the effects of fluid phase 

composition on flow behavior are neglected.  

An EOS is a mathematical relationship describing the interconnection between 

various macroscopically measurable properties of a system. An EOS is completely 

compositional and is capable of tracing effect of composition on the fluid properties and 

phase behavior unlike the black oil model. Cubic EOS are commonly used in petroleum 

industry for simulating phase behavior of hydrocarbon mixtures. Since the development 

of van der Waals (1873) EOS, more accurate EOS have been developed, and these can 

describe the thermodynamic properties and phase equilibria of a wide range of substances 
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with varying degrees of success. Soave (1972), Redlich Kwong (1949) and Peng-

Robinson (1976) introduced cubic EOS that are widely used in PVT simulation packages 

in the petroleum industry. Performance of cubic EOS is, however, questionable on 

application to petroleum fluids in predictive mode. In order to reproduce the experimental 

data, the EOS needs its parameters adjusted; this process is known as “tuning” the EOS. 

There is no standard procedure of tuning for matching the experimental data. But some 

guidelines and approaches are found in the literature. Merrill et al. (1994) carried out an 

extensive program of tuning a particular PVT dataset with different approaches. They 

reported the effect of different C7+ characterization schemes on slim tube experiment 

recoveries and recommended confirming EOS-predicted slim tube recoveries with 

experimental data prior to incorporating “tuned” EOS into compositional reservoir 

simulation. Experimental data available for regression typically is comprised of 

saturation pressures, liquid phase densities, gas oil ratios and formation volume factors 

from differential liberation experiments. It is quite possible that even after matching some 

of the parameters, the EOS model predictions may still not be accurate for other 

properties. 

The nature of the oils differs regionally. Some oils are paraffinic while some are 

napthenic and aromatic. This further complicates the estimation of plus fraction 

properties like specific gravity and molecular weight, which are used in computation of 

critical properties. This often affects the predictions of EOS for phase behavior. Most 

tuning strategies involve characterizing the plus fraction to a suitable carbon number for 

accurate representation of critical properties. Rafael et al. (2002) presented a tuning 

strategy that involved characterizing the C7+ fraction composition until C45+ and matching 

the saturation pressure by varying the molecular weight of the plus fraction. The 

components were further regrouped into multiple carbon number groups (MCN) and the 

volumetric data was tuned. They suggested a methodology to preserve the match of 

saturation pressure after lumping where the characterized C7+ fraction was distributed 

into two groups. They developed a correlation for distribution of characterized C7+ mole 

fraction into appropriate MCN groups. The volumetric data was matched with final 

lumped composition by regressing using Peneloux and Rauzy (1982) volume translation 

parameters which do not affect the vapor liquid equilibrium. Al Meshari et al. (2005) 

presented a similar EOS tuning strategy except the saturation pressure after grouping was 

matched by variation of acentric factor of heaviest MCN. 
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2.3 Review of Viscosity Models

2.3.1 General Purpose Viscosity Models

The gas phase viscosity is primarily a function of the momentum transfer by 

translation of the molecules with relatively few collisions. On the other hand, the 

momentum transfer in dense gases and liquids is dominated by collisions and interacting 

force fields between the densely packed molecules. A theoretical description of liquids is 

difficult due to intermolecular forces, which consist of the short range (repulsion and 

hydrogen bonding), wide range (electrostatic), and long range (attraction) effects. Thus, 

there is no widely accepted simple theoretical method for predicting liquid viscosity 

(Reid et al., 1987). 

Several models for the viscosity of pure components and mixtures are available and 

summarized in the literature (Monnery et al., 1995). Excellent reviews have also been 

given by Reid et al. (1987). However, petroleum fluids were not covered in any of these 

studies. Petroleum liquids are complicated undefined fluids which must be characterized 

to obtain relevant parameters. Mehrotra et al. (1996) reviewed the most widely known 

and accepted models for viscosity prediction of hydrocarbons and petroleum liquids. 

They classified these models in three different categories: (1) theoretical models, (2) 

semi-theoretical models, and (3) empirical models. The theoretical models, for example a 

model based on Chapman-Enskog theory, are mainly used to calculate the viscosities of 

the pure components and their mixtures. Some of these models have been used to model 

the viscosities of the petroleum mixtures with little success. 

Empirical models are mainly described in terms of correlations. The two main types 

are Andrade (Andrade, 1934) and ASTM (ASTM, 1981) or Walther (Walther, 1931) 

equations. The Andrade equation has the following form: 

T
ba ���ln (2.10) 

whereas the ASTM equation has the following form: 

� � Tbb log7.0loglog 21 ���� (2.11) 

The various modifications of these equations can be found in the literature. Hossain et 

al. (2005) have listed many of these correlations. The empirical methods also involve 

another class, viscosity EOS. This approach is based on the phenomenological similarity 

between the P-V-T and P-μ-T surfaces resulting in a viscosity correlation which is an 
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explicit function of temperature and pressure. Lawal (1986) and Guo et al. (2001) 

attempted this approach.  

The semi-theoretical methods for viscosity prediction have provided a blend between 

the theoretical and correlative methods. These methods include models based on the 

corresponding states theory, reaction rate theory, hard sphere (Enskog) theory, as well as 

the square well models, Lennard-Jones models, and modified Chapman-Enskog models 

(Chung et al., 1988). However, of these models, only the ones based on the 

corresponding states theory have found widespread acceptance in the petroleum industry. 

The rest of these models are still in the primitive stages, as far as the viscosity modeling 

of the petroleum mixtures is concerned. Hence, these models are not discussed any 

further. According to the principle of corresponding states, a dimensionless property of 

one substance is equal to that of another (reference) substance when both are evaluated at 

the same reduced conditions. A classical example of the use of the corresponding states 

model is the Standing-Katz z-factor chart (Standing and Katz, 1942). 

2.3.2 Viscosity Models for Petroleum Fluids

The law of corresponding states expresses the generalization that equilibrium 

properties, which depend on intermolecular forces, are related to the critical properties in 

a universal way. This provides the single most important basis for the development of 

correlations and estimation methods. The relation of pressure to volume at constant 

temperature is different for different substances. Corresponding states theory, however, 

asserts that if pressure, volume, and temperature are related to the corresponding critical 

properties, the function relating reduced pressure to reduced volume becomes the same 

for all substances at the same reduced temperature.

The corresponding states model is also used in terms of the residual viscosity form. 

Residual viscosity is defined as the difference between the viscosity at a given pressure 

and temperature and the viscosity of the dilute gas phase, which is usually at one 

atmosphere pressure and the same temperature. The viscosity correlation most widely 

used in flow models in petroleum engineering is probably the residual viscosity 

correlation of Jossi et al. (1962) in the form suggested by Lohrenz et al. (1964). Gas and 

liquid viscosities are related to a reduced density by a fourth degree polynomial of the 

form:
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The coefficients a1 to a5 are empirical coefficients and are provided by the authors. It 

is evident from the above equation that the viscosity is sensitive to changes in densities. 

Especially for highly viscous fluids this may lead to severe errors for the calculated 

viscosity. Nevertheless, because of its simple form, it is predominantly used in 

compositional reservoir simulators, where the phase densities are generated from EOS.  

A group of substances obey the corresponding states principle with respect to 

viscosity if the functional dependence of �r, on, for example, �r and Tr, is the same for all 

substances within the group: 

� � � �rrr TfTP ,, �� � (2.13) 

In that case, comprehensive viscosity data are only needed for one of the components 

of the group. That component is then used as the reference substance (o) and the viscosity 

of another component (x) within the group can easily be calculated. This is the basis of 

the corresponding states viscosity correlations developed by Ely and Hanley (1981) and 

Pedersen and coauthors (Pedersen et al., 1984; Pedersen and Fredenslund, 1987).

The Transport Properties Prediction (TRAPP) program of Ely and Hanley (1981) is 

one of many programs available, which is general and totally predictive for the 

calculation of the viscosity of gases and liquid mixtures for a wide range of pressure and 

temperature and different types of fluids. The calculation procedure, however, is iterative 

and complex. Baltatu et al. (1999) have simplified this procedure to a greater extent. 

Pedersen and coauthors (Pedersen et al., 1984; Pedersen and Fredenslund, 1987) 

presented a method for predicting oil and gas viscosities which is a modified form of the 

corresponding states method of Ely and Hanley (1981). In this method, the reduced 

viscosity is expressed in terms of the reduced pressure and reduced temperature. The final 

expression for the viscosity of the fluid is given as: 
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By expressing the viscosity in terms of the reduced pressure instead of the reduced 

density, it is possible to perform a direct calculation of the viscosity. The calculation 

becomes much simpler, compared to those of Ely and Hanley (1981), where density is 

calculated using an iterative procedure. The modifications of Pedersen correlation, for 

heavier oils, are discussed in Section 2.4.2. 
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Apart from these conventional models, there have been numerous attempts made in 

recent years to characterize the oil viscosity with completely new concepts. First of all, a 

compositional model for predicting the viscosity of petroleum fluids as a function of 

temperature and pressure is presented by Werner et al. (1998). It is based on the original 

model, termed the Self-Reference Model, developed by Kanti et al. (1989). This model 

uses a single viscosity value for predicting the fluid viscosity at any pressure and 

temperature. Werner et al. introduced a suitable mixing rule to take into account the fluid 

composition. They also classified the original oil mixture into four classes: (1) Gas, (2) 

C6–C20, (3) C20+ (Saturates + Aromatics + Resins), and (4) C20+ (Asphaltenes). The model 

parameters have been fitted on a large database ranging from 100 MPa (14,500 psia) in 

pressure and up to 120°C (248°F) in temperature. The range of viscosity covered varies 

from 2 cP to nearly 23,000 cP. This model is designed to be valid in a large 

compositional range, especially for liquids containing large amounts of asphaltenes. 

However, without a reliable analytical characterization scheme for Saturates-Aromatics-

Resins-Asphaltenes (SARA), this method cannot be used with confidence.

The recently proposed Friction theory (Quinones-Cisneros, Zeberg-Mikkelsen, and 

Stenby, 2001; Quinones-Cisneros, Andersen, and Creek, 2005) has become successful as 

far as oil viscosity modeling is concerned. However, this model is still in the inception 

stages as far as heavy oil modeling is concerned and at this time is not included in the 

analysis. In addition to this, Riazi and coauthors (Riazi and Al-Otaibi, 2001; Riazi, 

Mahdi, and Alqallf, 2005) developed a relation for estimation of viscosity of liquid 

petroleum fractions by using refractive index at 20°C as one of the input parameters 

along with the molecular weight and the boiling point. Since this model has not been 

applied for heavy oils, at present this model is not considered for further analysis.

Recently, Lindeloff et al. (2004) introduced a new viscosity computation method for 

the heavy oils. The dead oil viscosity is used for the calculation of the viscosity of the 

corresponding live oil at a desired pressure and temperature. The correlation proposed by 

Rønningsen (1993) is used to compute the degassed (dead) oil viscosity. The pressure 

correction is introduced by a simple exponential form. For this method it is necessary to 

use the characterization method proposed by Pedersen et al. (2004). 
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2.4 Viscosity Models for Medium-Heavy Oils

The existing semi-theoretical viscosity models can be divided into three main 

categories: (1) LBC class models, (2) Pedersen class models, and (3) New Generation 

Models. In this section, an attempt has been made to broadly classify present day semi-

theoretical models into the above three categories. It must be noted that only the physical 

interpretation of each model is described, accompanied by its fundamental governing 

equation. A complete set of equations can be found in the respective references.

2.4.1 LBC Class Models

The following viscosity models comprise the LBC class models. 

1. LBC Model (Lohrenz et al., 1964) 

2. Xu Model (Xu and Khurana, 1996) 

3. Dandekar Model (Dandekar and Danesh, 1992) 

4. Al-Syabi Model (Al-Syabi et al., 2001) 

The viscosities calculated by the original LBC model are highly sensitive to the 

densities, as shown by Equation 2.12. The dependence is as high as to the power of 

sixteen. A small error in the density prediction, commonly calculated with cubic EOS in 

compositional simulation models, might cause a high deviation for the viscosity 

calculation. Additionally, since the above equation was developed for less dense systems, 

it is certain that it needs to be modified before application to the heavy oils. 

Xu and Khurana (1996) extended the LBC correlation for improved prediction of the 

high viscosity fluids. In their study the original correlation was modified by introducing 

an exponential term and the density was calculated by a cubic PR-EOS. The modified 

correlation is expressed as follows: 
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In the above equation, all the terms have the same meaning as in the original LBC 

correlation, while the �, �, and � coefficients are determined by regression on pure 

component viscosity data.

Dandekar and Danesh (1992) re-evaluated the LBC correlation and concluded that it 

is within ±20% for all normal alkanes with a carbon number less than 8 and a reduced 

density less than 2.5. For conditions other than those stated above, Dandekar and Danesh 

proposed the following viscosity correlation: 
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According to the Dandekar model (Dandekar and Danesh, 1992), for reduced 

densities less than 2.5, the LBC correlation is used as it is, whereas for reduced densities 

greater than 2.5 the above correlation is used. In the above correlation, the molecular 

weight is introduced to capture the structural effects.

Al-Syabi et al. (2001) pointed out the requirement of including the structural and 

thermal effects for accurate viscosity predictions of dense fluids. The thermal effects 

were considered in terms of reduced temperatures while the structural effects were 

accounted by means of the molecular weights. Based on the regression of viscosity data, 

the LBC correlation is extended as follows: 
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When the deviations of predicted viscosities from experimental values were plotted 

using the LBC correlation and above method, it showed that for reduced density values 

less than 2.5, the deviations of both correlations were comparable. However, for higher 

reduced densities, the LBC correlation deviates up to ±100%, while the deviation of the 

modified correlation is within ±20%, demonstrating the significance of including both 

thermal and structural effects. Nevertheless, a deviation higher than 20% can be observed 

for methane, using the proposed correlation. 

Since real reservoir fluids contain high concentrations of methane, the authors 

proposed a separate correlation to accurately predict the viscosity of methane. The 

mixture viscosity is then calculated by splitting the mixture into two components: 

methane and the rest of the components are lumped together as a pseudo-component. The 

following mixing rule is applied:

� � 2111 1 rrr zz ��� �
���� (2.18) 

Where,

��r = mixture reduced residual viscosity 

��r1 = methane reduced residual viscosity

��r2 = reduced residual viscosity of the pseudo-component 

z1 = molar concentration of methane in the mixture 



30

The above mixture reduced residual viscosity is divided by the overall mixture 

viscosity parameter, �, and the resultant is added to the overall mixture dilute gas 

viscosity, �	, to obtain mixture viscosity. 

2.4.2 Pedersen Class Models

Another class of semi-theoretical models is the Pedersen class models. It has the 

following models associated with it:

1. Pedersen Model (Pedersen et al., 1984; Pedersen and Fredenslund, 1987) 

2. Aasberg-Petersen Model (Aasberg-Petersen et al., 1991) 

3. Moharam Model (Moharam and Fahim, 1995) 

4. Dexheimer Model (Dexheimer et al., 2001) 

The original Pedersen model is represented by Equation 2.14. However, this model 

suffers from a serious limitation when applied to heavy oil systems. This is best stated in 

the authors’ own words (Lindeloff et al., 2004), “Pedersen and Fredenslund (1987) found 

that the viscosities derived from the Hanley model (Hanley et al., 1975) were too low 

when the methane reference temperature reduced below approximately 90 K. The 

freezing point of methane is 91 K and accordingly temperatures below 91 K were not 

covered in Hanley’s model. The work of Pedersen and Fredenslund permitted the lower 

limit of the methane reference temperatures to be lowered from around 90 K to around 60

K. For even lower temperatures, the corresponding states model becomes inapplicable as 

the methane density, according to the model of McCarty (1974), becomes almost 

invariant to pressure variations. The viscosity of an oil mixture with a methane reference 

temperature around 60 K will typically be of the order of 10 cP. As a rule of thumb, oil 

viscosities higher than that cannot be simulated using the corresponding states principle 

with methane as a reference component.” Hence, over the last two decades, there were 

several attempts made to improve upon this limitation.

The first of which is the Aasberg-Petersen model (Aasberg-Petersen et al., 1991). 

This model is also based on the principles of the corresponding states method as 

interpreted by Lee and Kesler (1975). Teja and Rice (1981) applied the method of Lee 

and Kesler for the computation of the viscosity in terms of two reference fluids. Aasberg-

Petersen et al. (1991) modified the method of Teja and Rice by introducing molecular 

weight as the interpolation parameter instead of the acentric factor. The idea of this 

model is to use a heavier second reference component and effectively create an optimum 
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reference component. Decane is chosen as the second reference component because it is 

the heaviest alkane for which a significant amount of experimental viscosity data is 

known. Methane is a natural choice as the first reference component because of its 

presence in large mole fractions in most reservoir fluid mixtures. The interpolation law is 

used to calculate the reduced viscosity of the optimum reference component (denoted 

with subscript x) using the reduced viscosities of methane and decane and is obtained 

using the following expression: 
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Where, MW is the molecular weight and the subscripts 1 and 2 refer to the reference 

components. The authors used the same definitions as that of Pedersen model (Pedersen 

et al., 1984; Pedersen and Fredenslund, 1987) for calculating mixture critical temperature 

and critical pressure.

The Moharam and Fahim model (1995) is essentially similar to that of the Aasberg-

Petersen model (Aasberg-Petersen et al., 1991). They use n-decane and n-eicosane as the 

reference components for predicting viscosity of the petroleum fractions of average 

molecular weight higher than 142 (molecular weight of n-decane). Viscosity of the 

reference components is estimated by the method of Orbey and Sandler (1993). The 

Lucas correlation (Reid et al., 1987) was used to calculate the effect of pressure on the 

liquid viscosity. This model uses the same mixing rules as that of the Aasberg-Petersen 

model to compute various mixture properties except the critical temperature, which is 

calculated by Li’s mixing rule (Reid et al., 1987). 

Dexheimer model (Dexheimer et al., 2001) proposed a modification of the Pedersen 

correlation to be applied to black oil systems where there are no compositional data 

available. In addition to many changes, n-decane was introduced as a reference 

component to accommodate more viscous oils. The authors have also provided the 

density and viscosity correlation specifically developed for n-decane. As opposed to 

directly adapting the proposed method as it is, only the density and viscosity correlations 

of the n-decane are used. The viscosity and density data for n-decane were taken from 

various sources covering pressures from 14.7 psia to 7325 psia and temperatures from 

492°F-762°F. The density and viscosity data were fitted as a function of P and T using a 

stepwise regression procedure. The various parameters used in the original Pedersen 

model are kept as they are and no attempt is made to retune these values.
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2.4.3 New Generation Models

These models characterize oil viscosity using new concepts and are summarized as 

follows: 

1. Werner Model (Werner et al., 1998) 

2. Friction Theory Model (Quinones-Cisneros et al., 2005) 

3. Riazi Model (Riazi et al., 2005) 

4. Lindeloff Model (Lindeloff et al., 2004) 

The first three of the new generation models are not considered for further analysis. 

The fourth model (the Lindeloff model) introduced an innovative concept to compute the 

heavy oil viscosity. As an alternative to using methane as a reference component and 

using the Pedersen model to determine the corresponding viscosities, the viscosity of the 

stabilized crude is used as a starting point. Based on viscosity measurements of a wide 

range of North Sea oils and condensates, a semi-empirical correlation for stabilized crude 

viscosities was proposed by Rønningsen (1993). It takes the form: 
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This correlation is valid at temperatures where the fluids behave Newtonian and the 

effect of precipitated wax is small, i.e., typically higher than about 30°C. The above 

equation applies to systems at atmospheric pressure. In order to capture the pressure 

effects on the reference fluid, the following pressure dependence was introduced: 
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Note that the derivative is evaluated for a constant composition. The parameter m in 

the above equation is used to denote the coefficient of the pressure differential. 

Additionally, it is required to correct the stabilized crude oil viscosity correlation for 

the oil mixtures being live oils, oils that contain gas in solution. Distinction between 

stabilized oil and live oil in this context can be obtained by evaluating the ratio between 

the weight-averaged molecular weight and the number-averaged molecular weight. 

Stabilized oils will typically have:
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For live oil, the following empirical expression is used:



33

5.0

5.1
5.1 ��

�

�
��
�

�
�3(��

�

�
��
�

�

n

w
n

n

w

MW
MW

MWMW
MW
MW

(2.23) 

The coefficient 1.5 and the exponent 0.5 in above equations are well suited as tuning 

parameters if the match of the data needs to be improved. 

The final scheme works as follows: 

1. For equivalent temperature, To > 75 K, the original Pedersen model will be 

used. 

2. For equivalent temperature, To < 65 K, the Lindeloff model will be applied. 

3. For 65 K < equivalent temperature, To < 75 K, the weighted average will be 

taken between the values obtained by the two models to allow a smooth 

transition between two values. 

In the above scheme, the equivalent temperature, To, is the pseudo-temperature at 

which the medium-heavy oil viscosity needs to be evaluated in order to obey the law of 

the corresponding states (Pedersen et al., 1984). 

2.5 West Sak Reservoir

The West Sak reservoir overlies the Kuparuk River formation in the Kuparuk River 

Unit and is spread over an area of 260 square miles (DeRuiter et al., 1994). Sharma 

(1993) provides a comprehensive description of the West Sak reservoir.  
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Figure 2.4  West Sak Location (Reconstructed from Targac et al., 2005) 

The main challenge that the operators in the West Sak reservoir face has been the 

economical production of these highly viscous oils. Although water flooding has been 

moderately successful for the production of these heavy oils, the petroleum industry is on 

the lookout for alternative means of development like miscible or immiscible gas 

injection. The viability of any new technique should first be proven on a laboratory scale 

before its field application. Such a study requires extensive geological and petrophysical 

data such as, water saturation, porosity, and permeability, to simulate the actual reservoir 

conditions.  

2.5.1 Geological Overview 

A detailed geological description of the West Sak reservoir is given by Sharma 

(1993). Deposited during the late cretaceous and early tertiary, the West Sak sands are 

shallow marine and deltaic complex sands. Due to their great lateral continuity, they are 

of great economic importance. The Kuparuk River Unit and Milne Point Unit are both 

situated between the depths of 2,000 ft and 4,500 ft (1,141m and 1,231 m) below sea 

level; they are the main oil-bearing horizons within these sands.  

The West Sak sands can be broadly divided into two members, the upper and lower. 

The average thickness is about 300 ft (91 m) in the Kuparuk River Unit and Milne Point 

Unit areas. The lower member exhibits individual sands beds with thicknesses ranging 

from 0.2 ft to 5 ft. The individual units characteristically show the presence of ripple 

bedding and hummocky cross stratifications. These lower member sands are inter-bedded 

with siltstone and mudstones. Bioturbation is also seen. The upper member exhibits two 
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distinctly divided and continuous sand units, each about 25 ft to 40 ft thick. The main 

sedimentary structures seen in this member include massive beds with planar bedding and 

low-angle cross bedding.  

With the help of logs and core samples, a basic cross section of the sands can be 

visualized. The upper sands are divided into two members, while the lower sands are 

divided into four members. Thus the 6 individual sands occur as follows: 

1. Upper West Sak Sand Member
� Sand 1 
� Sand 2 

2. Lower West Sak Sand Member
� Sand 1 
� Sand 2 
� Sand 3 
� Sand 4 

2.5.2 Petrophysical Properties 

Porosity values of the West Sak sands vary a lot, ranging from 15% to 40%. Water 

saturation of the sands ranges from about 9% to 46%. Net pay thickness ranges from 1 ft 

to about 37 ft.  

From the petrophysical data and its subsequent analysis, it can be seen that the two 

individual sands of the Upper West Sak Sand Member are the best reservoirs. Their 

porosity values are high and similar to the first two members (Sand 1 and Sand 2) of the 

Lower Member. But, the percentage water saturation in the Lower Member sands is 

noticeably higher. In Lower Sand 3, the water saturation is sometimes as high as 80%. 

The Lower Sand 4 is discontinuous. Also the net pay thickness is less in the Lower 

Sands, in many cases less than 10 ft.  

This difference in the petrophysical characteristics of the Upper and Lower Sand 

Members has been attributed to their different depositional histories. The upper sands 

were deposited in shallow marine and delta front environments, resulting in cleaner and 

thicker sands, as compared to the Lower Sands, which were deposited in the shelf 

depositional environment.  

2.5.3 Enhanced Oil Recovery 

Oil recovery operation primarily utilizes the natural pressure energy of the reservoir 

in order to produce oil. Low recovery and short life span are problems with such 
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reservoirs. To enhance the productivity and life span of the reservoir, the industry started 

practicing secondary and tertiary/enhanced oil recovery methods (Green and Willhite, 

1998). 

The secondary oil recovery method, the second stage of operation usually follows the 

primary production decline. Water flooding has been identified as the best example of a 

secondary recovery process. There have also been instances where water flooding has 

been used as the primary oil recovery method.  Water flooding utilizes the lower mobility 

in order to increase the overall recovery efficiency and also maintains the required 

reservoir pressure. Another example of a secondary recovery method is gas injection. Gas 

injection, as part of secondary recovery, maintains the required reservoir pressure 

condition.  

Tertiary or enhanced oil recovery processes are associated with the injection of a 

specific type of fluid or fluids into a reservoir. The fluid injection supplements the natural 

energy left over in the reservoir and displaces the un-recovered oil. The increased 

interaction between the foreign fluid (injected fluid) and the in-place oil results in 

alterations in rock and fluid properties. Fluid injection and eventual interaction brings 

about changes like a lowering in interfacial tension, oil swelling, oil viscosity reduction, 

wettability modification, and sometimes favorable phase behavior conditions. These 

changes are mainly attributed to physics and the chemical interaction between the two 

fluids and also to the fluid injection rate and pressure. 

2.5.4 Miscible Displacement Processes

Miscible displacement technique is one of the most popular EOR methods practiced 

to recover oil from heavy immobile oil reservoirs. The miscible displacement process 

increases oil recovery by increasing the miscibility at the interface of displacing fluid and 

the displaced fluid (oil). This is primarily carried out by altering the composition of the 

immobile heavy oil such that any interaction with an injected fluid of a certain 

composition will bring about a single miscible phase between the two fluids. Hence, the 

composition of injected gas is carefully chosen so as to maintain complete miscibility 

with the in-place oil.

A variety of displacement fluids are used in the miscible recovery process. Some of 

the most commonly used fluids are CO2, flue gas, and nitrogen. Fluid selection depends 
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primarily on availability. Economics also plays a vital role in deciding the level of 

enrichment.

Displacement fluids have been broadly classified under two categories. The first types 

are fluids that cause first contact miscibility. Upon injection, these fluids form a single 

phase upon first contact when mixed in any proportion with the crude oil. The second 

type causes multi contact miscibility. Miscibility is achieved in situ through the 

compositional alteration of the crude oil and the injected gas as the displacing gas moves 

inside the reservoir and comes in contact with the oil several times.

Miscible displacement process substantially increases the microscopic displacement 

efficiency. Such high efficiency is not possible with water flooding. Water flooding 

successfully removes oil from big and medium-sized throats but fails to push out trapped 

oil in the form of isolated drops, stringers, or perpendicular rings etc. This behavior is 

mainly attributed to the capillary forces. After achieving such conditions oil flow 

essentially drops to zero and any further injection produces a negligible amount of oil.  

Miscible injection technique smartly tackles this problem. The displacing fluid first 

eliminates the IFT between the in-place oil and itself and becomes a single phase system. 

The additional pressure produced by the injected fluid then provides additional energy to 

push the entire single phase out of the reservoir. The reduction in IFT makes the trapped 

oil mobile and the additional pressure energy is high enough to mobilize trapped oil by 

overcoming the capillary forces, thereby increasing the overall recovery from the 

reservoir. 

2.5.5 Gas Injection

Oil fields on the Alaska North Slope have always been the target of enhanced oil 

recovery applications. Enhanced oil recovery is essential for the economic production of 

these extremely viscous oils. Water flooding has been the most widely used method since 

the success of water flood pilot project in 1983. Although it was successful, the results 

suggested a process that would yield a higher oil rate and recovery than water flooding 

alone would be needed. Naturally, since then efforts have been directed towards gas 

injection as an EOR technique. The abundance of gas streams on the Alaska North Slope 

makes this an attractive option (DeRuiter et al., 1994).

DeRuiter et al. (1994) performed phase behavior experiments on West Sak oil. They 

investigated the solubility of methane, ethane, propane, n-butane, and CO2 in West Sak 
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oil. Their detailed work included complete characterization of two oil samples, 1 and 2, 

from the West Sak Reservoir (Lower and Upper West Sak intervals). The properties of 

the Lower West Sak interval oil sample (called Oil Sample 1 in this report, Table 2.1) 

match the type of oil chosen under the present study.  

Oil Sample Molecular Weight Viscosity at 75 Density (g/cm3) at 
60

1 330 256 0.9433
2 446 5392 0.9725

Table 2.1 West Sak Oil Properties

Several static experiments were carried out by the team to estimate live viscosity, the 

live density of an oil sample under different pressure conditions. GOR was measured by 

flashing the live oil sample to atmospheric conditions. General properties like molecular 

weight and compositional analysis were also determined. Followed by static experiments 

they estimated the MMP and MME value by conducting slim tube experiments. The 

confirmation of miscibility was assumed to happen when oil recovery was higher than 

90% and with absence of gas spiking before breakthrough.  

DeRuiter et al. (1994) carried out all displacement experiments with Oil Sample 1. 

Slim tube experiments were performed with pure CO2 and oil at 2000 psi. With CO2 in 

liquid state, despite high displacement pressure, recovery was very low, indicating an 

immiscible displacement. When several runs were carried with ethane, good recoveries 

were obtained, indicating the presence of miscible displacement. During these 

experiments, they also observed some extent of two phase flow, confirming that the 

miscibility was not First Contact Miscibility. In these experiments, MMP was interpreted 

to be at the ethane liquefaction pressure. 

DeRuiter et al. (1994) concluded that ethane developed miscibility with West Sak oil 

in its subcritical liquid state. Miscibility was observed to be of the multi contact type  and 

followed a condensing-vaporizing mechanism. When using an enriched gas/lean gas 

combination they observed a transition from FCM to MCM to immiscible behavior by 

increasing the lean gas concentration. This transition was observed at enrichments of 

42% methane. With further dilution up to 61%, the flow was immiscible but there was an 

increase in recovery. Recovery behaviors were observed to be unusual at high lean gas 

concentrations. This was mostly attributed to complex phase behavior of the oil-gas 



39

system. Thus, DeRuiter’s work gives an insight into the phase behavior of West Sak Oil 

and guides in choosing the optimum conditions for performing miscible injection.  

Sharma et al. (1989) in their study of the miscible displacement of West Sak crude oil 

have also concluded that MCM can be developed for enriched gas drives by using a 

condensing-vaporizing mechanism.  

2.5.6 Reservoir Simulation

The predictive capabilities of reservoir simulation software helps engineers design 

field scale projects. Miscible injection, as an alternative technique to other EOR 

techniques to enhance production, is dominated by compositional changes taking place 

due to mass transfer between various phases. To model such a process, a compositional 

simulator is an ideal choice. 

GEM is Computer Modeling Group's advanced general EOS compositional simulator 

which includes options such as equation of state, dual porosity, CO2, miscible gases, 

volatile oil, gas condensate, horizontal wells, well management, complex phase behavior 

and many more. GEM was developed to simulate the compositional effects of reservoir 

fluid during primary and enhanced oil recovery processes. GEM is an efficient, multi-

dimensional, EOS compositional simulator which can simulate all the important 

mechanisms of a miscible gas injection process, i.e. vaporization and swelling of oil, 

condensation of gas, viscosity and interfacial tension reduction, and the formation of a 

miscible solvent bank through multiple contacts. 
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Chapter 3 EXPERIMENTAL WORK

3.1 Brief Overview of the Experiments Conducted

For the purpose of simulating the phase behavior and modeling viscosity, it was 

necessary to measure pressure-volume relationships and viscosities of heavy oils at 

reservoir conditions. The ANS heavy oils, when flashed to 65°F and atmospheric 

pressure, release solution gas containing 95% methane (Roper, 1989). Hence, CP grade 

methane was recombined with the dead crude oils from ANS heavy oil reservoirs to 

simulate live oils. Experimental tasks performed under this study consisted of the 

following: 

1. Determination of recombined oil composition. 

2. Measurement of stock tank oil properties. 

3. Viscosity measurements of the dead crude oil at varying conditions of 

pressure and temperature.

4. Laboratory PVT tests: Constant Composition Expansion and Differential 

Liberation.  

5. Density and viscosity measurements of live reservoir fluids during 

Differential Liberation. 

6. Measurement of MMP using VIT technique 

This chapter describes experimental design and procedure for each of the tasks listed 

above.  

3.2 Determination of Composition of Recombined Oil 

3.2.1 Simulated Distillation 

Simulated distillation (SimDist) is a gas chromatography technique, which separates 

individual hydrocarbon components in the order of their boiling points, and is used to 

simulate the time-consuming laboratory-scale physical distillation procedure known as 

true boiling point distillation. The separation is accomplished with a non-polar stationary 

phase capillary column. A gas chromatograph is equipped with an oven, injector, and 

detector that can be temperature programmed. The result of simulated distillation analysis 

provides a quantitative percent mass yield as a function of the boiling point of the 

hydrocarbon components of the sample. 
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Figure 3.1 Thermo Gas Chromatograph (Trace GC Ultra)

Figure 3.1 shows the thermo gas chromatograph (Model: Trace GC Ultra) used for 

measuring gas and oil compositions. The chromatographer is equipped with Flame 

Ionization Detector (FID) and Thermal Conductivity Detector (TCD). Simulated 

distillation by gas chromatography technique was used to analyze the crude oil 

composition. Crude oil consists of large number of components having varying boiling 

points and elution times. Simulated distillation technique is based on an assumption that 

components of crude oil elute in order of their boiling points. Using a mixture of normal 

paraffins with known composition, a relationship was established between boiling points 

and retention times. This relationship was used to identify the components of crude oil 

and hence the composition of crude oil. ASTM D 2887(04), which covers the fractions 

until a boiling point of 1,000°F was used to determine the compositions of stock tank 

oils. The parameters of the method used to calibrate the gas chromatograph for simulated 

distillation of crude oil are listed in Table 3.1.



42

Column Thermo TR-Simdist capillary column
Length:  10m 
Diameter:  0.53 mm (ID)

Oven program Start Temperature:  35°C  hold for 1.5 minutes
Ramp:  10°C /minute  
Final Temperature:  350°C hold for 10 minutes

Carrier gas Ultra pure grade helium
Flow rate:  15 ml/min 

Injector Split injection 
Split ratio:  20:1
Sample injection volume:  1μl 
Injector temperature:  350°C 

Detector FID 
Base body temperature:  350°C 
Hydrogen flow rate:  35 ml/min
Air:  350 ml/min
Make up gas (Helium):  30 ml/min

Reference standard ASTM D 2887 Calibration mix

Table 3.1 Parameters for Simulated Distillation Method 

3.2.2 Calibration Method 

ASTM D 2887 mix (Methylene chloride as solvent) with following composition was 

used for purpose of calibration. 

Elution order Compound Concentration
% wt/wt

Purity
%

Uncertainty
%

1 n-Hexane (C6) 6 99 +/- 0.02
2 n-Heptane (C7) 6 99 +/- 0.02
3 n-Octane (C8) 8 99 +/- 0.02
4 n-Nonane (C9) 8 99 +/- 0.02
5 n-Decane (C10) 12 99 +/- 0.02
6 n-Undecane (C11) 12 99 +/- 0.02
7 n-Dodacane (C12) 12 99 +/- 0.02
8 n-Tetradecane (C14) 12 99 +/- 0.02
9 n-Hexadecane (C16) 10 99 +/- 0.02
10 n-Octadecane (C18) 5 99 +/- 0.02
11 n-Eicosane (C20) 2 99 +/- 0.1
12 n-Tetracosane (C24) 2 99 +/- 0.1
13 n-Octacosane (C28) 1 99 +/- 0.1
14 n-Dotriacontane (C32) 1 99 +/- 0.1
15 n-Hexatriacontane (C36) 1 99 +/- 0.1
16 n-Tetracontane (C40) 1 99 +/- 0.1
17 n-Tetratetracontane (C44) 1 99 +/- 0.1
Solvent Methylene chloride 99.8

Table 3.2  Composition of Reference Standard 
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The calibration standard was diluted with methylene chloride solvent 

(chromatographic grade) and various concentrations of solutions were prepared. This 

allowed the calibration of FID response to a particular compound over a range of 

concentrations. Figure 3.2 shows a chromatogram for one calibration run for the 

simulated distillation method.

Figure 3.2 Calibration Run for Simulated Distillation

Response factors for the components of a calibration standard of known composition 

are calculated using Equation 3.1. 

K =M/P (3.1) 

Where,

K = response factor

"���2�)&���%��4%01%#�#��)#�������#4�����#(��(��:&

P = peak area of each component 

The concentration of each of the components in the unknown sample is then 

calculated using Equation 3.2 

M = P × K (3.2) 

Where,
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M = weight of component in unknown sample 

P = peak area of each component in unknown sample 

K = response factor.

Response factors of n-paraffins were calculated over a range of concentrations and 

averaged to get best fit. Response factors of n-paraffin compounds not present in the 

calibration mix were extrapolated from the plot of Carbon Number vs. Response Factor. 

Average retention time of every paraffinic compound present in the calibration mix from 

the calibration runs was correlated with its atmospheric equivalent boiling point (AEBP). 

The atmospheric equivalent boiling range of single carbon number fractions from a 

generalized properties table (After Katz and Firoozabadi 1978) was superimposed on the 

boiling point and elution time correlation obtained from calibration runs. Using this 

superimposition the boiling range of single carbon number fractions was correlated with 

elution times. 

3.3 Determination of Density of Stock Tank Oil 

The density of oil at stock tank conditions is required to calculate the plus fraction 

specific gravity, an important parameter required to predict the critical properties of plus 

fraction and to check consistency of compositional data. Most commonly used 

correlations for estimation of critical properties of plus fraction require molecular weight, 

specific gravity or normal boiling point of the same. 

The experimental set-up is designed to measure density of sample at atmospheric 

pressure. It consists mainly of an Anton-Paar digital density meter DMA 45 and a 

circulating constant temperature bath (Brookfield TC-500). This experimental set-up was 

used in conjunction with the most current revision of ASTM D4052, Density and 

Relative Density of Liquids by Digital Density Meter, to analyze the density and relative 

density of petroleum distillates and viscous oils by digital densitometer. The sample 

temperature is maintained through the circulation of an ethylene glycol water mixture. 

The density meter DMA 45 determines the density of liquids and gases by measuring the 

period of oscillation electronically. The oscillator is excited by the electronic part of the 

meter. The period of oscillation is measured by a built-in quartz clock, every two 

seconds. The value is transmitted to a built-in processor which calculates density and 

displays the value in the digital display. Prior to measuring the density of each sample 

using the density meter DMA 45, the equipment was calibrated. The constants A and B 
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relate the density of the fluid with measured period of oscillation. After each density 

measurement, the samples were flushed from the sample tube by giving a proper toluene 

wash followed by an acetone wash and drying the tube using air. 

Figure 3.3  Anton-Paar Densitometer Used for Density Experiments

3.3.1 Calibrating Procedure

To calibrate the densitometer, the desired temperature was set on the constant 

temperature bath and allowed to equilibrate. Calibration constants A and B are required 

to calculate the specific gravity of a sample at particular conditions. Constants A and B 

are functions of temperature and pressure. The calibration constants A and B were 

determined by injecting water and air into the densitometer and measuring the period of 

oscillation, Tw and Ta (by setting the display selector beneath the cover plate on top of the 

DMA 45 density meter to position “T”). After recording the value of Ta and Tw at a 

particular temperature, the density of air at the set temperature was calculated by using 

Equation 3.3a (Igbokwe 2006). 

� �
760

*/15.273001293.0)/( PTmlga �� (3.3a) 

Where,

T = temperature, K

P = barometric pressure, torr
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Using a sample calculation for the density of air at 22°C and from Equation 3.3a: 

� � 760
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�
�

��

� � 1*
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0012930.0
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�
�
�

�
�

�

a�   =  0.001196402 g/cc 

The density of water at the various test temperatures was obtained from the table 

illustrating the density of water (refer to the Laboratory Manual for standard ASTM D 

4052-96, 1996). Thus, the constants A and B in Equations 3.3b and 3.3c, respectively, 

were calculated from the observed T-values and reference density values for air and 

water using the following:

� �
� �aw

aw TT
A

�� 




�
22

(3.3b) 

)*(2
aa ATB �
� (3.3c) 

3.3.2 Experimental Procedure

1. The selector switch was set to position “ � ” to measure density. A small 

quantity of sample (about 0.7 cc) was introduced into the clean, dry sample 

tube using a suitable syringe. The amount of sample introduced was enough to 

fill beyond the suspension point on the right-hand side. 

2. The sample was allowed to equilibrate to the test temperature before 

proceeding to evaluate the test sample for the presence of unseen air or gas 

bubbles. The illumination light was switched “off” immediately after 

verification, because the heat generated could affect the measurement 

temperature. 

3. The value on the display was recorded once the instrument displayed a steady 

reading to four significant figures for density and five for T-values, indicating 

that equilibrium density or temperature respectively had been attained.

4. The sample tube was flushed, dried and the density calibration checked prior 

to introducing another sample. Steps 1 to 4 were repeated each time a new 

sample was introduced.  
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3.4 Determination of Molecular Weight of Stock Tank Oil 

Molecular weight of the stock tank oil is required to calculate the molecular weight of 

the plus fraction component. Cryette A (Figure 3.4) is a precise instrument for measuring 

the molecular weight of a substance by tracking freezing point depression. The freezing 

point of a solution is a measure of its concentration or molecular weight. Cryette A 

consists of specially designed refrigerator with controls to maintain a reproducible 

environment for the sample, a precision thermometer, and apparatus to hold and seed the 

sample. Addition of seed could contaminate the sample causing it to freeze unexpectedly 

hence the seeding is initiated by agitation, thereby preventing the contamination. Cryette 

A is capable of measuring the freezing point change of 0.001°C.  

Figure 3.4 Cryette A for Molecular Weight Measurement of Stock Tank Oil.

3.4.1 Calibration of Instrument

Prior to use calibrate the equipment for the range of interest. The Cryette A is 

calibrated for the range of interest by running a solute of known molecular weight in

benzene solvent. The following procedure was adapted for calibrating Cryette A for 

organic solutions. 



48

1. The Range switch was placed in left position and bath temperature was 

allowed to stabilize.

2. Benzene saturated with water to arrest the evaporation losses, was run and 

allowed to seed. After seeding, the head switch was lifted and lowered again. 

Adjustment (by moving trimpot to left of the Range switch) on solvent zero 

was continued until the display read 000. 

3. Another sample of water saturated benzene was run and this time calibrator I 

was adjusted so that the display read 000. 

4. Sample of Hexadecane (Mol wt 226.45) diluted with benzene was run and 

calibrator II was adjusted until the display reading indicated an equivalent 

freezing point depression resulting in a molecular weight of 226.45. Equation 

3.4a relates the freezing point depression with molecular weight and solution 

4%#4�#����)%#�� L�)#&� BK6��)%#� ��
�� ���� ����M)#&� 1%)#�� (�1����)%#� �NFP)

corresponding to molecular weight of Hexadecane was calculated.

gofsolvent
Mw
W
WKf

FP solvent

Solute

1000

�� (3.4a) 

Where, 

Kf = freezing point depression of benzene 5.12°C/mol 

Mw = molecular weight of solute 

SoluteW  = weight of solute. gms 

solventW = weight of solvent, gms 

3.4.2 Operating Procedure

1. Solutions of crude oil with benzene were prepared with a weight ratio of 

solute to solvent at least 1:25. With lower concentration of solute the variation 

in Kf is reduced.  

2. A 2.5 ml sample was placed into the refrigerator well. The operating head was 

lowered so that the stirrer and probe entered the sample in the tube.  

3. The display reading is -1 when the probe is at ambient temperature and 

indicates cooling of the sample by becoming positive towards 000 and then 

running to 1000. 
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4. On reaching 1000 the seeding takes place by a one-second high amplitude 

vibration of the rod. 

5. The seed light will blink once or twice as sample is successfully seeded. The 

display was read when the red light turns on. This reading is the actual 

freezing point depression due to presence of the solute. 

6. Equation 3.4b was applied to calculate the molecular weight of the oil. 

gofsolvent
FP

W
WKf

Mw solvent

Solute

1000
�

� (3.4b) 

3.5 Recombination of Stock Tank Oil

At stock tank conditions oil contains a negligible amount of gas. To simulate live oil, 

the gas needs to be dissolved into dead oil at the existing gas/oil ratio. ANS live heavy 

oils when flashed at 65°F yielded separator gas with 96.9% and 98.3% methane for 

separator pressures of 114.7 psia and 314.7 psia, respectively (Roper 1989). CP grade 

methane was recombined with stock tank ANS oils at reservoir conditions and at the 

known gas/oil ratio. Experiments to quantify phase behavior of heavy oils were carried 

out on these recombined oils. Recombination was carried out in a PVT cell capable of 

withstanding high pressures (up to 10,000 psig) equipped with a rocking mechanism to 

speed up the dissolution of gas into the oil. Guidelines provided by McGuire et al. (2005) 

were followed for the recombination. 

3.6 PVT Apparatus Set-up

The schematic of the PVT set-up used in this study is shown in Figure 3.5. The PVT 

cell capable of handling pressures up to 10,000 psi and temperature up to 350°F is housed 

in a constant temperature air bath for maintaining the test temperature. An integrated 

system of valves and tubing is used for purpose of charging and withdrawing the sample. 

A window is located in one end of the cylinder and is compressed sealed on the 

periphery. The PVT cell piston has a connecting rod attached to a linear variable –

displacement transducer (LVDT) for measuring the position of the piston. The cell is 

provided with a rocking system and designed so that rocking speed and rocking angle can 

be easily adjusted as desired. A variable speed motor mounted to the outside oven wall 

works through a shaft to rock the cell. The liquid contents of the cell may be observed 
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and measured using software (Smartlevel-3) and a camera located outside the air bath. 

Operating procedure for PVT cell system is described in the following sections. 

Figure 3.5 Schematic of PVT Cell (Temco Inc.)

3.6.1 Computation of Pressure and Temperature Factors 

Under pressure and temperature the PVT cell expands slightly. This increases the 

volume of the system. This cell expansion was calibrated with the pressure and the 

temperature through the pressure factor and the temperature factor.

1. A measured amount of fluid of known compressibility (water) was injected on 

sample side of the cell and the cell was pressurized to 100 psig.  

2. Pressure was increased in steps of 1000 psi until maximum operating limit, 

noting the volume at each step by recording the piston position. 

3. The ratio of calculated volume (with compressibility of fluid injected) and 

measured volume is the expansion factor of the cell.  

4. The thermal expansion coefficient for stainless steel was taken as temperature 

expansion factor. 
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3.6.2 Recombination Procedure

1. The two piston halves were tightened using the bolts to energize the seal on 

the piston. 

2. The PVT cell was evacuated through the lower valve by connecting the valve 

to a vacuum pump. 

3. A gas cylinder was connected to the sample outlet valve. The bottom valve of 

the PVT cell was kept closed as the sample outlet line was filled and the 

system was checked for possible leaks.

4. If no leaks were observed, the recombination gas was injected into the PVT 

cell by slowly opening the bottom valve of the PVT cell and the pressure on 

the sample side of the PVT cell was recorded.

5. Gas injection was stopped once the required moles of gas were injected. 

6. The back pressure regulator (BPR) was set to a value somewhat higher than 

equivalent of the cell pressure.  

7. The cell should be pointing upwards. 

8. Close the valve and, using the BPR, set the pressure to the specified bubble 

point for the sample.  

9. An Isco syringe pump was used to pressurize the PVT cell. The Isco pump 

was connected to the PVT cell piston end through an air-actuated CV series 

valve. This valve requires 80 psig of air supply to actuate and allow the pump 

to pressurize the PVT cell.

10. Using another Isco (syringe pump), the dead oil was charged from the sample 

cylinder through the sample inlet valve into the PVT cell at a pressure higher 

than the gas pressure in the PVT cell.

11. Once the required amount of oil sample was charged into the cell, the pump 

was stopped. LVDT reading will indicate how much sample has been injected 

into the cell.

12. With the cell drain open initially, the air in the pump was pushed out through 

cell drain. Once water starts draining into reservoir, the cell drain valve was 

closed.

13. The drive air pressure was increased beyond 80 psig and the pump was started 

with the pressure isolation valve closed and the back pressure regulator set to 

maximum position. 
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14. Once the sample side pressure reached the bubble point pressure, the pressure 

isolation valve was opened and the BPR was adjusted to equivalent of 

hydraulic pressure.

15. Temperature of the constant temperature bath was set to reservoir temperature 

and the motor was switched on so the cell starts rocking. All the sample inlet 

and outlet valves were in closed position at this stage.

16. The sample was rocked for 36 hours and then kept standing for 8 hours before 

any test could be conducted on the sample. 

17. It was ensured that the sample was in single phase by recording the images 

with a camera before testing for phase behavior. 

3.6.3 Constant Composition Expansion 

1. The pressure on the sample was increased well beyond the anticipated bubble 

point (600-700 psi) with help of a pump and the BPR was set to an equivalent 

value.

2. The pump was stopped by reducing the drive air pressure below 80 psig. 

3. Pressure on the sample side was decreased in steps of 100-200 psi by turning 

the BPR counterclockwise. The PVT cell was rocked until pressure 

equilibrated. 

4. LVDT reading was recorded by initiating the logging in the software (Smart 

level3).

5. The cell was observed through a camera for possible bubble formation. (Cell 

has to be in upward position to see first bubble). When the sample first 

reaches two-phase (formation of bubble), the bubble point pressure had been 

reached.

6. This procedure was continued below bubble point. 

3.6.4 Differential Liberation Test

Differential liberation study is performed by reducing the pressure within the cell by a 

fixed amount at constant temperature.  Once equilibrium has been reached, the gas and 

liquid volumes are measured. Equation of state tuning and viscosity modeling requires 

density and viscosity data of residual oil at every step of the differential liberation test as 

gas is removed from cell. Measurement of density and viscosity was carried out by 

connecting a densitometer and a viscometer online with the PVT cell in series through the 
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lower sampling valve. Figure 3.8 shows the assembly of the PVT cell with a densitometer 

and a viscometer. The following sections briefly explain operating procedure for the 

online densitometer and viscometer.

3.6.4.1 Density Measurement of Live Oil Sample
A DMA 512 P density measuring cell was used to measure the densities of live oil 

samples. This cell is designed to measure density of liquids and gases under high 

pressures and high temperatures. Pressure range for continuous operation is 0 to 10000 

psia and the temperature range is -10°C to 150°C. When used for high temperature high 

pressures measurements, the DMA 512 P forms one part of the complete set-up. 

Evaluation unit mPDS1000 is a powerful processor and display unit connected to the 

DMA512 P cell as shown in Figure 3.6. 

Figure 3.6  Connection of DMA 512 P Cell with mPDS Evaluation Unit 

3.6.4.2 Calibration of Densitometer (DMA 512 P) 
For calibration of the DMA 512 P two calibration parameters must be fed to the 

mPDS1000 unit. These calibration parameters, namely A and B, are functions of pressure 

and temperature for a particular fluid. Two standards of known densities at different 

temperatures and pressures were used for calibration. An mPDS evaluation unit was kept 

in mode, in which the period of oscillation is displayed. Standards selected were distilled 

water and nitrogen. These standards were injected into the DMA 512 P cell kept in 

constant temperature bath to maintain the required temperature. With the use of different 

calibration standards there is chance of contamination hence it is important to have clean 
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and dry tubing, for accurate and relatively stable readings. The densitometer was 

connected to PVT cell through the lower sampling valve and a digital pressure gauge was 

connected to the outlet of U tube of densitometer. Periods of oscillation were recorded for 

a range of pressures and temperatures for both the standards. The range was decided by 

operating pressures and temperatures of phase behavior experiments. Following 

equations were used to calculate the calibration parameters A and B.
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Where,

1�  = density of standard 1, g/cc 

2�  = density of standard 2, g/cc 

t1 = period of oscillation of for standard 1, μs 

t2 = period of oscillation of for standard 2, μs 

3.6.4.3 Operating Procedure 
1. Values of A and B at prevailing condition of pressure and temperature were 

stored into the memory of the mPDS evaluation unit before measurement.  

2. The mPDS evaluation unit was set to indicate density values in units of 

choice. Sufficient time (about 5 minutes) was allowed for density readings to 

stabilize and the time average reading was taken as final reading.

3.6.4.4 Viscometer
A Cambridge SPL 440 viscometer (Figure 3.7) was connected to the outlet of the 

densitometer U tube (Figure 3.8). This viscometer is designed to withstand high pressures 

up to 10,000 psia and high temperatures up to 150°C. Two electromagnetic coils move 

the piston back and forth at a constant force. The piston’s two-way travel time is used to 

measure absolute viscosity of the fluid surrounding it. A built-in temperature detector 

(RTD) senses the actual temperature in the sampling chamber. Fluid flows through ¼ 

inch OD, (0.086 inch ID) tubing into the measurement chamber. Fluid viscosity is 

measured under low flow or static conditions. The system measures viscosity, 

temperature, and temperature compensated viscosity.  
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Figure 3.7 Cross-Sectional View of Cambridge VISCOLAB PVT Viscometer (SPL 
440). 

PVT Cell
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Figure 3.8 Assembly of PVT Cell with Online Densitometer and Viscometer

3.6.4.5 Operating Procedure for Differential Liberation
1. The system was evacuated through the intermediate valve in the PVT set-up 

and was checked for any leaks.

2. The PVT cell was initially brought to desired operating conditions of pressure 

and temperature. Pressurized oil was passed through inline densitometer and 

viscometer by sequentially opening the online valves. 

3. The cell was rocked until the pressure indicated on the intermediate pressure 

gauge stabilized. 

4. Density constants A and B were entered into the mPDS evaluation unit, 

placed outside the constant temperature bath. Rocking of the cell was 

continued until the single phase condition was reached. 

5. The viscosity reading was noted on the viscometer digital display (Visco 

Pro2000) placed outside the constant temperature bath.  

6. The computer connected to PVT cell panel, was initiated to record the 

pressure, temperature, piston position, and pump pressure readings. 

7. The pressure was decreased in steps of 100-200 psi.  

8. Once the bubble point pressure was passed ,the image acquisition from the 

camera mounted outside the constant temperature bath, was initiated for 

measuring the phase volumes. Phase volume measurement involves locating 

the gas/oil interface. Once a clear interface was obtained the gas volume was 

measured. (Refer to Figure 3.9) 

9. Gas was removed through the upper sampling valve at constant pressure on 

the top of PVT cell with the cell in a horizontal position. (Refer to Figure 3.5) 

Steps 3 to 7 were repeated for every pressure stage.

10. The gas was trapped between the upper sampling valve and the sample outlet 

valve.

11. The trapped gas was passed into a gasometer (Ruska) where it was expanded 

to atmospheric pressure and its volume was measured. 

12. Toward the test end the sample pressure was reduced to atmospheric pressure 

by opening the BPR completely. There could be a build-up of pressure as gas 

is released on decreasing the pressure. The upper sampling valve was kept 

open to 14.7 psia pressure and the gas was measured in gasometer.
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13. Residual liquid volume was measured and then the cell temperature was 

decreased to 60°F. 

14. Finally liquid volume at 60°F was measured.  

15. Using a hydraulic pump the remaining oil sample was displaced from the cell 

through the lower sampling valve (upper sampling valve closed) and the 

volume measured. This reading should be close to the liquid volume readings 

of the previous two steps. 

16. The cell was cleaned by cycling cleaning solvents (Toluene and Acetone) 

through the PVT cell and auxiliary lines to ensure a clean system for future 

runs. 
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Figure 3.9  Measurement of Phase Volumes through Acquired Image 

3.6.5 Viscosity Measurement of Stock Tank Oil Samples 

Viscosity modeling requires data on the viscosity of flashed oils as a function of 

pressure and temperature. A separate set-up (Figure 3.10) was constructed to measure 

dead oil viscosity data. The set-up consists of a viscometer connected in series with a 

floating piston sample cylinder. The downstream end of the viscometer was connected to 

a digital pressure gauge. Temperature control was achieved by placing the viscometer in 

a constant temperature oven. An Isco syringe pump, mounted outside the constant 

temperature oven, was used to pressurize the sample in the sample cylinder. Viscosity 

measurements were carried out for oil (medium-heavy to heavy) samples from ANS 

between the temperature range of 28°C and 45°C and pressure range of 14.7 psia and 

2,500 psia. 
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Figure 3.10  Set-up for Viscosity Measurement of Flashed Oils

3.7 Measurement of MMP Using VIT Technique

3.7.1 Experimental Set-up

In this study, the ADSA technique for pendant drop analysis was used to measure the 

dynamic and equilibrium IFT between the oil/gas systems. Figure 3.4 shows the 

experimental set-up of the VIT apparatus and Figure 3.5 shows the inside of the optical 

cell. The IFT set-up consists of a high-pressure optical cell made of stainless steel 

manufactured by Temco, with glass sapphire windows on the opposite side. The optical 

cell consists of a capillary tube (needle) at the top, through which oil drops are allowed to 

hang within the surrounding gas phase. A fluid handling system consisting of a piston 

pressure vessel and high pressure pumps was used to achieve elevated pressures. The 

glass windows allowed the capture of drop profile images by using a light source on one 

side and a camera system on the opposite side. A CF memory flash card stored the 

pictures recorded by the camera, which were later transferred to a computer for drop-

shape analysis. 

Piston cylinder

Cambridge SPL 440 Viscometer
Pressure gauge

Visco Pro2000

Constant temperature oven
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Figure 3.11  Experimental Set-up of MMP Apparatus 

Figure 3.12  Inside Optical Cell 

The components (letter codes) shown in Figures 3.11 and 3.12 are described as 

follows: 

A.  Optical Cell

The optical cell used in the set-up is rated for use up to 5,000 psi at 300°F. The cell is 

made of stainless steel and is manufactured by Temco. The cell was heated to the desired 
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temperature using metallic heating bands clamped to the outer periphery of the cell. The 

temperature was controlled using a Temco temperature controller “C”, which sensed the 

temperature from thermocouple “O”. The inside of the cell consists of an adjustable 

stainless steel needle “S” with an O.D. of 3 mm. The pressure inside the cell was 

maintained by the injection of pressurized miscible gas and was read from the digital 

Heise pressure gauge “K”.

B.  Non-Return HIP Valve (Oil Inlet Valve)

The non-return HIP valve is made of stainless steel and is capable of handling 

pressures up to 15,000 psi. The valve was connected to the needle “K”. The valve was 

instrumental in adjustment of the flow rate of the oil droplets. By precisely adjusting the 

knob the desired shape of the oil droplets could be formed in the optical cell “A”. 

C.  Temco Temperature Controller

The temperature controller was used to maintain a desired temperature inside the 

optical cell. The thermocouple “O” was connected to the temperature controller for 

adjusting the temperature.

D, E, &N.  Controller for ISCO D Series Pump “E”

The ISCO pump is a positive displacement pump used to maintain the pressure inside 

the oil and gas accumulators. The pump is capable of delivering 3,750 psi and can handle 

500 ml of water, used for pressurizing. The controller was used on constant pressure 

mode to enable the pump to deliver the constant pressure required. The water used was 

de-ionized water, as per the instruction manual.  

F & M.  Accumulators for holding oil and gas 

The accumulators used were manufactured by Temco and are made of stainless steel. 

The accumulators are capable of handling 10,000 psi, and contain a PVC piston which 

helps in pressurizing the fluids contained inside them. The fluid to be pressurized was 

injected on top of the piston and the bottom part of the piston was pressurized by 

injecting water using the ISCO pump. The accumulators were heated using silicon heat 

tapes which were controlled by controllers “I” and “L”. The heating tapes were covered 

with cotton insulation to avoid heat loss. 

G.  Camera

A Canon EOS 10D camera was used to record the drop shape images inside the 

optical cell. The camera was equipped with a high power macro lens for photographing 
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better pictures of the drop shapes. The camera was operated in sports sequence 

photography mode so that images of the drop trajectory could be effectively captured.

H, I, & L.  Temperature Controllers

Glass-col temperature controllers were used to maintain the temperatures inside the 

accumulators and the tubing. The temperature in the accumulators and tubing was read 

off the Fluke thermometer “J”. Thermocouples were placed inside the accumulators and 

on the side of the tubing. These thermocouples were connected to the thermometer “J” to 

regulate and control the desired temperature.

J.  Fluke Thermometer

The Fluke thermometer has multiple inlet ports for plugging in the thermocouples. 

The thermometer has a digital display and temperatures can be read in °C or K. 

K.  Heise Pressure Gauge

The Heise pressure gauge has dual input ports for determining pressures of two 

points. The gauge is capable of handling pressures from the range of 0-5,000 psi. The 

digital display screen on the gauge makes it easy to read correct pressure inside the 

optical cell.

P.  Gas Inlet Valve 

Swagelok high pressure valves were fixed to the optical cell for a gas inlet into the 

cell. The valves were capable of handling pressures of up to 5,000 psi. 

R.  Drain/Vacuum Port

The drain/vacuum port was connected to the following: 

1. A Welch duo-seal vacuum pump at the start of the experiment to remove 

traces of air present in the entire set-up. 

2. A conical flask to collect the oil/gas mixture after the experiment was over. 

3.7.2 Calibration of the Set-up

The cell was calibrated using water and nitrogen. The surface tension of water with 

nitrogen at atmospheric pressure is known to be 72 dynes/cm.  The cell was calibrated in 

the following manner: 

1. The set-up was vacuumed using a Welch duo-seal vacuum pump to remove 

any impurities.

2. Nitrogen was injected into the optical cell from the gas cylinder at a 15 psi 

pressure.
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3. Water was then injected through the needle at a pressure of 20 psi. A higher 

pressure was selected so that water droplets could be introduced into the cell 

by gravity force.

4. The shape of the droplets was recorded using the camera.

5. The density of the nitrogen and water mixture was simulated using CMG’s 

WinProp software. 

6. The shapes of drops recorded earlier were analyzed for drop shape factor 

values.

7. The value obtained was compared to the value of surface tension from 

literature.

8. Steps 1 through 7 were repeated for different pressures. The values of surface 

tension and drop shape pictures are shown in Chapter 4 and APPENDIX C.

9. After every sample run, the cell was cleaned using toluene and acetone and 

then purged with nitrogen.  
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3.7.3 Experimental Procedure

Figure 3.13  Schematic of MMP Set-up 

The experimental procedure is described as follows:

1. The optical cell was pressurized by using de-ionized water up to a pressure of 

3,750 psi and was checked for leaks. 

2. The cell was cleaned using toluene and acetone, and then purged with 

nitrogen to remove any traces of acetone present. The rubber O-rings were 

changed and connections were properly fastened to prevent leaks and 

subsequent pressure drops. The set-up was connected as shown in the 

schematic diagram (Figure 3.6).

3. All the valves were first kept in closed position.  
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4. The valves at the bottom of the accumulators connected to the ISCO pumps 

were opened, and the pumps were kept running at the desired pressure of 

operation. 

5. All the valves, except V5 and V6, were then opened. 

6. The drain/vacuum line was then connected to the Welch duo-seal vacuum 

pump to remove any traces of acetone or air present in the set-up. The pump 

was kept running until the reading in the Heise pressure gauge showed 

absolute vacuum. 

7. All the valves were then closed and, using the temperature controllers, the 

temperature in the entire set-up was brought to 95°F. The controllers were left 

running for about 6 hours to ensure constant temperature throughout the set-

up.

8. Valve V5 was then slowly opened and the gas was allowed to come out at

constant pressure and temperature. The temperature and pressure of the gas 

were read from pressure/temperature indicator 2.

9. Similarly, valve V6 was slowly opened and the oil was allowed to come out at 

constant pressure and temperature. The valves on the oil were opened very 

slowly so as to avoid flashing of oil. The temperature and pressure of the oil 

were read from pressure/temperature indicator 3.

10. Valve V1 was carefully opened and a few drops of oil were allowed to enter 

the optical cell.

11. Valve V1 was closed immediately after a few drops had been collected in the 

cell.

12. Valve V3 was then opened and a gas at a selected pressure was allowed to 

enter the optical cell. The gas pressure was maintained slightly lower than the 

oil pressure so that the gas did not push the oil back. 

13. Valve V4 was then opened to measure the temperature and pressure in the 

optical cell using pressure/temperature indicator 1. Valve V3 was then closed.

14. Valve V1 was slowly opened and pendant drops were allowed to form in the 

optical cell at a slow flow rate. The image of the first pendant drop of crude 

oil at the tip of the needle in the optical cell was captured with the digital 

camera as soon as it contacted the gas phase. Valve V1 was closed once a few 
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drops entered into the optical cell. The drop shape factors were measured and, 

using initial densities, the First Contact Miscibility was determined. 

15. The fluids were allowed to equilibrate for about 2 hours at the experimental 

conditions. A pendant drop of the recombined reservoir fluid was allowed to 

form at the tip of the needle in the optical cell in the gas phase that had 

already interacted with the oil residing at the bottom of the cell. This image 

was captured and drop shape analysis was performed. The density was 

determined by using CMG WinProp software and the IFT was calculated.  

16. The same procedure was repeated for about 8-10 pendant oil drops. 

17. The pressures of the oil and gas were increased using the ISCO pump and 

Steps 12 to 17 were repeated. 

18. The runs were carried out at different pressures up to 3,750 psi, the maximum 

pressure for pump operation. 

19. After each run the drain/vacuum valve was carefully opened and the sample 

was allowed to flash in a conical flask. 

20. The set-up was cleaned using alternate runs of toluene and acetone and then 

purged with nitrogen. The O-rings were then replaced in the optical cell and 

connections were fastened. The entire assembly was vacuumed to remove any 

traces of air or nitrogen present.

21. All the above steps were repeated for different gas-oil sample runs. 

3.8 Viscosity Data Compilation 

The heavy oil viscosity data are not readily available in literature. Experimental 

measured viscosity data are lacking in the literature and are needed for viscosity 

modeling purposes. In the early stages of this study, many professionals from academia 

and the industry were contacted successfully. This resulted in the generation of six 

different data sets. For three of the sets, the viscosity data are available as a function of 

pressure for three different temperatures. Altogether twelve data sets were used. The data 

represent major oil producing provinces around the world. The molar composition and 

the plus fraction properties of all of the data sets are summarized in Table 3.3. Data Set A 

was obtained from Hernandez (2001) while Data Set B was obtained from Lindeloff et al. 

(2004). Data Sets C, D, E, and F are confidential. 

Component Set A Set B Set C Set D Set E Set F
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H2S 0.00 0.00 0.00 0.00 0.00 0.00 
N2 0.05 0.31 0.17 0.18 0.37 0.14 

CO2 0.00 0.06 0.30 0.33 0.32 0.22 
C1 40.70 14.99 3.19 3.63 12.68 25.17 
C2 3.44 1.13 2.07 2.67 5.80 0.29 
C3 2.15 0.28 4.91 5.02 6.73 0.04 

i-C4 0.89 0.59 1.05 1.10 1.18 0.02 
n-C4 1.13 0.15 3.68 3.52 4.56 0.03 
i-C5 0.74 0.33 1.92 1.52 1.87 0.01 
n-C5 0.54 0.09 3.37 2.37 3.20 0.01 
C6 0.53 0.48 5.66 3.86 4.69 0.02 
C7+ 49.83 81.59 73.69 75.78 58.60 74.05 

MWC7+ 433 343 355 363 292 404
�C7+ 0.9759 0.9480 0.9325 0.9336 0.9181 0.9689 

Table 3.3  Molar Composition (Mole %) and Plus Fraction Properties 

Of the above data, Set A represents Venezuelan oil while Sets B and F represent the 

oils from the North Sea. Sets C, D, and E are obtained from Middle East. The detailed 

viscosity data for all of the fluid samples are given by Raut (2007). 

In addition to the literature data stated above, two more data sets were generated in-

house. These data sets represent the viscosity measurements performed on ANS heavy 

dead oil samples, recombined with pure methane (99.5% pure) to simulate live oil 

samples. These two oil samples will be referred to as samples G and H. Phase behavior 

experiments conducted using samples G and H are discussed in the Chapter 4. 
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Chapter 4 EXPERIMENTAL RESULTS AND DISCUSSIONS

4.1 Compositional Characterization of Oil Samples 

The gas chromatographic simulated distillation method was used to analyze the 

flashed ANS oil samples G and H. In this method, the boiling range of single carbon 

number (SCN) fractions, defined in the generalized property table (Katz and Firoozabadi 

1978) was calibrated with retention time on gas chromatography. A mixture containing 

normal paraffin corresponding to each carbon number fraction was run on GC at various 

concentrations. Their responses at different concentrations were recorded and 

incorporated into group response factor computations. The SCN fractions from C6 to C24

were calibrated through n-paraffins belonging to the corresponding SCN group for their 

elution times and response factors. Elution time of SCN fraction was determined by 

averaging the elution times of n -paraffins at different concentrations of calibration 

standard mixture, belonging to that particular group. The compositions of flashed oil 

samples G and H are listed in Tables 4.1 and 4.2, respectively, whereas stock tank oil 

properties are listed in Table 4.3 

Component (SCN) Area Area % Concentration µg % wt
C6 0 0.000 0.00000 0.0000
C7 0 0.000 0.00000 0.0000
C8 11087487 2.053 0.00004 0.7748
C9 21326948 3.950 0.00016 2.9486
C10 19488486 3.609 0.00014 2.5279
C11 21268152 3.939 0.00015 2.7206
C12 33912916 6.281 0.00024 4.3524
C13 35844196 6.638 0.00026 4.8514
C14 45350536 8.399 0.00032 5.9509
C15 43833652 8.118 0.00031 5.7688
C16 25211838 4.669 0.00018 3.3228
C17 37082060 6.868 0.00028 5.2393
C18 34405712 6.372 0.00025 4.5203
C19 27602118 5.112 0.00020 3.6551
C20 28903392 5.353 0.00022 4.1457
C21 22910256 4.243 0.00018 3.2275
C22 16042830 2.971 0.00013 2.3332
C23 23653088 4.381 0.00019 3.4627
C24 13424586 2.486 0.00011 1.9515

C25+ 71574408 13.256 0.00208 38.2466
Total 532922661 100.000 0.00543 100

Table 4.1  Compositional Analysis by Simulated Distillation on GC for Sample G
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Component Area % Area Concentration Wt % 
C6 23189016 0.648 0.00122 2.6307
C7 18691080 0.522 0.00023 0.4920
C8 18453358 0.516 0.00007 0.1507
C9 41998580 1.174 0.00032 0.6788
C10 70357088 1.966 0.00050 1.0667
C11 113210800 3.163 0.00079 1.6930
C12 135063840 3.774 0.00094 2.0264
C13 244910992 6.843 0.00180 3.8751
C14 227000336 6.343 0.00162 3.4822
C15 304689824 8.514 0.00218 4.6878
C16 172116864 4.809 0.00123 2.6518
C17 233254112 6.518 0.00178 3.8527
C18 196186896 5.482 0.00140 3.0133
C19 284764288 7.957 0.00205 4.4082
C20 175946752 4.916 0.00135 2.9502
C21 149935984 4.19 0.00115 2.4693
C22 138242384 3.863 0.00109 2.3504
C23 159460944 4.456 0.00126 2.7291
C24 82144416 2.295 0.00073 1.5729

C25+ 774474240 21.64 0.02471 53.2184
Total 0.046423215 100

Table 4.2  Compositional Analysis by Simulated Distillation on GC for Sample H

Stock Tank Oil Property Oil Sample G Oil Sample H

Molecular Weight lb/lb mole
303 347.5

Density of Stock tank oil (60°F and 14.7 psia) 
g/cc

0.9466 0.9496

Table 4.3  Stock Tank Oil Properties 

The molecular weight of plus faction was calculated by component material balance 

knowing the molecular weight of the oil sample. The result of simulated distillation is 

weight % of the SCN. The compositional simulators and viscosity models require 

composition in mole %. The compositional results, in weight % were transformed into 

mole %, using molecular weights listed for SCN fractions in the generalized property 

table. The oil samples were recombined with the CP grade methane of composition 

shown in Table 4.4 at field GOR to simulate live oils. The final recombined oil 

composition was calculated by material balance technique. The recombined oil 

composition was used for compositional reservoir simulations, equation of state tuning 
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and viscosity modeling. Tables 4.5 and 4.6 list the recombined oil compositions for 

sample G and sample H, respectively.

Component  Mol% 
CO2 0.01001
N2 0.4002

CH4 99.4597
C2H6 0.0600
C3H8 0.0600

C4H10 + 0.0100
Total 100

Table 4.4 Gas Composition of CP Grade Methane 

Table 4.5  Composition Oil Sample G Table 4.6  Composition Oil Sample H 

Plus fraction properties:  Oil G Plus fraction properties:  Oil H
Molecular weight = 561.28 Molecular weight = 531.18 
Specific gravity = 1.0511 Specific gravity = 1.0014 

4.2 Constant Composition Expansion 

Constant Composition Expansion tests were conducted on two viscous oil samples at 

their respective reservoir temperatures of 84°F and 81°F. The results are listed in Tables 

4.7 and 4.8 and displayed in Figures 4.1 and 4.2. The data consist of cell contents total 

Component Mole %
CO2 0.00229

N2 0.09173
C1 22.7938
C2 0.01376
C3 0.01376
C4 0.00229
C8 1.69248
C9 5.69580
C10 4.40944
C11 4.32582
C12 6.31872
C13 6.47970
C14 7.32070
C15 6.54554
C16 3.49845
C17 5.16712
C18+ 25.62861
Total 100.00000

Component Mole %
CO2 0.003483
N2 0.13933
C1 34.62326
C2 0.02090
C3 0.02090
C4 0.00348
C6 7.09448
C7 1.16109
C8 0.31915
C9 1.27082
C10 1.80359
C11 2.60887
C12 2.85121
C13 5.01616
C14 4.15167
C15 5.15493
C16+ 33.7566

Total 100.00000
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volume as a function of pressure. At the bubble point pressure an abrupt change in slope 

of the total volume vs. pressure plot was observed. The slope of total volume vs. pressure 

plot above the bubble point yields compressibility of the oil. Relative oil volume was 

determined by the ratio of total volume of cell content to total volume at bubble point 

pressure. The bubble point pressure measured was found to agree with the range of 

values reported by McGuire et al. (2005). The gas evolution below the bubble point is 

very slow for heavy oils and a longer time is required to reach equilibrium. 

Pressure psia Total Volume cc Relative Volume
1919.2 200.23 0.9783
1785.9 200.87 0.9814
1658.4 201.50 0.9845
1548.5 202.13 0.9876
1427.9 202.77 0.9907
1332.7 203.40 0.9938
1182.9 204.67 1.0000
998.8 209.12 1.0217
769.7 215.14 1.0512
484.0 231.65 1.1318

Table 4.7  CCE Data for ANS Viscous Oil Sample G
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Table 4.8  CCE Data for ANS Viscous Oil Sample H
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Figure 4.2  Pressure-Volume Relationship of ANS Viscous Oil Sample H 

4.3 Differential Liberation

Differential liberation (DL) tests were performed on both viscous oil samples from 

the ANS. The results of the tests are listed in Tables 4.9 and 4.10 for oil sample G and oil 

sample H, respectively. The starting point of the differential liberation test is the bubble 

Pressure psia Total volume cc Relative Volume
2604.2 111.10 0.97284
2489.3 111.46 0.9759
2342.7 111.99 0.9806
2214.5 112.44 0.9846
2097.7 112.69 0.9868
2001.2 112.99 0.9894
1890.1 113.19 0.9911
1822.2 113.27 0.9918
1740.3 113.31 0.9922
1654.0 114.02 0.9984
1596.2 114.40 1.0017
1572.0 114.22 1.0000
1386.1 118.40 1.0368
1009.7 124.41 1.0894
832.6 129.29 1.1321
635.8 139.05 1.2176

Pb
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point pressure but for the purpose of density and viscosity measurements, the test was 

started at a pressure above bubble point pressure. 

Pressure
Psia

Rs
Scf/STB

Bo
bbl/STB

Bt
bbl/STB

1904.0 123 1.0980 1.0980
1762.0 123 1.1053 1.1053
1625.0 123 1.1110 1.1110
1513.0 123 1.1223 1.1223
1406.0 123 1.1337 1.1337
1183.0 123 1.1455 1.1455
959.0 118 1.1210 1.1335
749.0 93 1.1014 1.1972
462.0 72 1.0618 1.3435
225.0 37 1.0320 2.0162
143.0 28 1.0188 2.7616
14.7 0 1.0060 23.9393

Table 4.9  Differential Liberation Test of ANS Viscous Oil Sample G at 84°F 

The solution GOR was calculated by the ratio of the volume of gas liberated at a 

particular pressure below bubble point to the volume of gas when expanded to 14.7 psia 

pressure and at 60°F. Volumetric properties like oil formation volume factor (Bo) and 

two-phase formation volume factor (Bt) were obtained by visual measurement of the oil 

volume. Figures 4.3 and 4.4 illustrate the behavior of Rs, Bo, and Bt as functions of 

pressure. Since the oil is in single phase above the bubble point, Bo and Bt are identical. 
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Figure 4.3  Solution GOR vs. Pressure for ANS Viscous Oil G at 84°F 
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Figure 4.4  Single-Phase and Two-Phase Formation Volume Factors for ANS Viscous 
Oil G at 84°F 

It can be seen that the solution GOR increases with increase in pressure until the 

bubble point pressure. Beyond the bubble point pressure no more gas is available for 

dissolution into oil so the GOR remains constant. The sample G exhibits a low GOR of 

123 SCF/STB, a typical characteristic of heavy oils.

Pressure 
psia

Rs
Scf/STB

Bo
bbl/STB

Bt
bbl/STB

2510.7 194 1.0650 1.0650
2396.7 194 1.0750 1.0750
2303.7 194 1.0858 1.0858
2189.7 194 1.0840 1.0840
2050.7 194 1.1030 1.1030
1886.6 194 1.1240 1.1240
1709.7 194 1.1430 1.1430
1586.7 194 1.1600 1.1600
1264.7 189 1.1100 1.1247
1002.7 182 1.0860 1.1218
836.7 159 1.0650 1.1560
646.7 132 1.0570 1.2736
422.7 98 1.0350 1.5184
217.7 47 1.0334 2.7300
14.7 0 1.0000 36.1889

Table 4.10  Differential Liberation of ANS Viscous Oil Sample H at 81°F 
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4.4 Density and Viscosity Measurements

The residual oil viscosity and density were measured at every step of differential 

liberation for both the oils.  Tables 4.11 and 4.12 tabulate the acquired data for oil sample 

G and oil sample H, respectively. 

Pressure  psia ���� Density g/cc
1904.3 232.7 0.9352
1761.7 224.2 0.9345
1624.7 221.7 0.9342
1512.7 214.9 0.9339
1405.5 210.5 0.9335
1183.0 191.5 0.9326
959.0 208.6 0.9329
748.7 221.0 0.9375
461.7 242.0 0.9398
224.7 267.5 0.9407
142.7 299.6 0.9423
14.7 359.8 0.9440

Table 4.11  Density and Viscosity Measurements of Sample G at 84°F 

Pressure  psia ���� Density g/cc
2510.7 322.3 0.9420
2396.7 314.2 0.9405
2303.7 304.9 0.9398
2189.7 297.4 0.9390
2050.7 291.6 0.9379
1886.6 286.3 0.9369
1709.7 281.9 0.9355
1586.7 274.7 0.9348
1264.7 283.9 0.9357
1002.7 292.8 0.9362
836.7 303.2 0.9370
646.7 323.9 0.9377
422.7 341.6 0.9382
217.7 383.2 0.9395
14.7 429.23 0.9429

Table 4.12  Density and Viscosity Measurements of Sample H at 81°F 

Figures 4.7 and 4.8 display the residual oil density at every step of the differential 

liberation test as a function of pressure for oil samples. Density of the oil increases with 

pressure above the bubble point due to oil compression. The composition of the oil 

remains unaltered above bubble point and the density increase can be attributed to 



77

pressure. Below the bubble point, pressure effect and compositional effect reciprocate 

each other. As pressure decreases, gas comes out of solution and the oil becomes heavier, 

which explains the increase in density. Below the bubble point, the compositional effect 

dominates the pressure effect and oil density increases with decrease in pressure (see 

Figures 4.7 and 4.8). A similar trend was observed for oil viscosity as pressure decreases 

below the bubble point (see Figure 4.9). It should be noted that both the density and 

viscosity plots are indicative of the bubble point pressures of 1,183 psia and 1,572 psia 

for oil G and oil H, respectively. 
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Figure 4.7  Density as a Function of Pressure for Oil Sample G 



78

0.9340
0.9350
0.9360
0.9370
0.9380
0.9390
0.9400
0.9410
0.9420
0.9430
0.9440

0 500 1000 1500 2000 2500 3000

Pressure psia 

D
en

si
ty

 g
/c

c

Figure 4.8  Density as a Function of Pressure for Oil Sample H 

150

200

250

300

350

400

450

0 500 1000 1500 2000 2500 3000

Pressure psia 

u 
cP

Oil Sample H Oil Sample G

Figure 4.9 Viscosity as a Function of Pressure for Oil G and Oil H 



79

4.5 Viscosity Measurements of Flashed Oils

The viscosities of five flashed oil samples from various heavy oil pools in ANS were 

measured within the range of the operating pressures and temperatures of field 

operations. These oil samples are named ANS1 through ANS5. Figures 4.10-4.14 

illustrate that the viscosity of the oil samples varies exponentially with pressures at all 

temperatures. The exponent of the pressure effect on viscosity at every test temperature 

was obtained by fitting an exponential equation to the experimental data points.

Figure 4.10  Flashed Oil Viscosity as a Function of Pressure at Different Temperatures 
for Sample ANS1. 

Oil ANS1

0

100

200

300

400

500

0 500 1000 1500 2000 2500 3000
Pressure psia

u cP

T= 40 T= 45T= 35T= 30.3



80

Figure 4.11  Flashed Oil Viscosity as a Function of Pressure at Different Temperatures 
for Sample ANS2

Figure 4.12  Flashed Oil Viscosity as a Function of Pressure at Different Temperatures 
for Sample ANS3
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Figure 4.13  Flashed Oil Viscosity as a Function of Pressure at Different Temperatures 
for Sample ANS4

Figure 4.14  Flashed Oil Viscosity as a Function of Pressure at Different Temperatures 
for Sample ANS5
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temperature. The equation then is related to the exponent of viscosity behavior with 

pressure through a third order polynomial fit. 

y = 80948.33482x3 - 3471.13947x2 + 49.62322x - 0.23638
R2 = 0.98969
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Figure 4.15  Functional Expression of Exponent of Viscosity Behavior with Respect to 
Pressure
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� (4.1) 

Where, 

MW = molecular weight of the oil 

T = temperature, °R

With this correlation, the pressure effect on the viscosity of dead oil can be obtained 

with knowledge of molecular weight and temperature. This relation can be used to predict 

the ANS dead oil viscosity under pressure conditions, which in turn can be incorporated 

into live oil viscosity models. 

4.6 MMP Measurements at 95°F 

4.6.1 MMP Calculations by IFT Measurements (Pendant Drop Experiments)

The experimental densities obtained were used to tune the parameters in CMG 

WinProp’s two phase flash simulations. Using the two phase flash calculations, densities 

were determined at different pressures of oil-gas interactions. The volume of the cell with 

respect to the volume of drop was determined and the experiments were performed with a 
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constant gas-oil molar ratio of Rm = 0.7/0.3. The changes in drop shape for CO2-dead oil 

Sample A is shown in Figure 4.16.  

It was difficult to measure the drop shape factor at higher pressures. The 

measurement of S values at higher pressures was difficult because the Niederhauser and 

Bartell (1947) tables report values only up to a drop shape factor ratio of 1. Therefore, in 

all the cases the values of IFT where the drop shape factor equaled 1 were used to 

extrapolate to “zero” dyne/cm. The pressure corresponding to extrapolated “zero” IFT 

was termed Minimum Miscibility Pressure (MMP).

Figure 4.16  CO2-Dead Oil Sample A Drop Shape Analysis
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The composition at each step was determined using two-phase flash calculations. The 

values of IFT measurements for different gas-oil samples are shown in the following 

tables, and the extrapolated graph for MMP calculations are shown in the figures 

following the tables. Also, included in the tables are the equilibrated one-phase 

compositions of the oil-gas systems at MMP conditions.  

P, psi ���	
���� ����	�����
�	���������������
700 12.8645 0.7803
800 12.2484 0.7514
900 11.4267 0.7224
1000 10.8845 0.6823
1100 9.7785 0.6174
1200 8.7648 0.5788
1300 6.7309 0.2927
1400 5.9667 0.2438
1500 4.9473 0.1996
1600 4.2216 0.1748

Table 4.13  IFT Measurements for CO2-Dead Oil Sample A

Components % Mole at MMP
CO2 70.0028
C 8 0.65871
C 9 2.2167
C 10 1.71609
C 11 1.683567
C 12 2.45919
C 13 2.52183
C 14 2.84913
C 15 2.54745
C 16 1.36155
C 17 2.01099
C 18+ 9.9744

Table 4.14  Equilibrium Composition of CO2-Dead Oil Sample A at MMP
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Figure 4.17  MMP Measurement for CO2-Dead Oil Sample A

Figure 4.18: MMP Measurement for CH4-Dead Oil Sample G
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P, psi ���	
����� �������
1000 19.9234 0.829
1200 18.8902 0.8117
1400 18.2434 0.8022
1500 17.8845 0.7939
1700 17.001 0.7866
1900 16.6255 0.7672
2100 15.973 0.7542
2300 14.98823 0.7397
2500 14.2724 0.7249
2700 13.5135 0.7101
3000 12.783 0.6931
3300 11.8256 0.6792
3500 11.0823 0.6635
3600 10.6769 0.6541

Table 4.15  IFT Measurements for CH4-Dead Oil Sample G

Components % Mole at MMP
C 1 69.9921
C 8 0.65871
C 9 2.2167
C 10 1.71609
C 11 1.683567
C 12 2.45919
C 13 2.52183
C 14 2.84913
C 15 2.54745
C 16 1.36155
C 17 2.01099
C 18+ 9.9744

Table 4.16:  Equilibrium Composition of CH4-Dead Oil Sample A at MMP
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P,  psi ���	
����� �������
1000 15.821 0.802
1200 14.232 0.7821
1300 13.003 0.7747 
1400 11.9764 0.7671 
1500 10.8023 0.7582
1600 9.9992 0.7466
1700 8.8923 0.7382 
2000 6.4111 0.7037
2100 5.3846 0.6924 
2200 4.4253 0.689

Table 4.17  IFT Measurements for VRI-Dead Oil Sample G

Components % Mole at MMP
CO2 0.8379
C 1 54.88
C 2 6.2328
C 3 4.1433
C 4 2.9393
C 5 0.7903
C 6 0.15099
C 7 0.02877
C 8 0.65871
C 9 2.2167
C 10 1.71609
C 11 1.683567
C 12 2.45919
C 13 2.52183
C 14 2.84913
C 15 2.54745
C 16 1.36155
C 17 2.01099
C 18+ 9.9744

Table 4.18  Equilibrium Composition of VRI-Dead Oil Sample H at MMP
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Figure 4.19  MMP Measurement for VRI-Dead Oil Sample A

Figure 4.20  MMP Measurement for CO2-Dead Oil Sample H
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P, psi ���	
���� �������
700 13.7235 0.8213
800 13.1486 0.7922
900 12.6237 0.7612
1000 11.7244 0.7241
1100 10.8210 0.6514
1200 9.7623 0.6167
1300 7.6333 0.3381
1400 6.8671 0.2840
1500 5.8481 0.2337
1600 5.2164 0.2161
1700 4.5723 0.1933

Table 4.19  IFT Measurements for CO2-Dead Oil Sample H

Components % Mole at MMP
CO2 69.459
C 6 3.2598
C 7 0.53352
C 8 0.1464
C 9 0.583938
C 10 0.82875
C 11 1.19877
C 12 1.3101
C 13 2.3589
C 14 1.90767
C 15 2.36868
C 16+ 15.5064

Table 4.20  Equilibrium Composition of CO2-Dead Oil Sample B at MMP
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P, psi ���	
����� �������
1000 20.553 0.865
1200 19.8167 0.8477
1400 18.902 0.8382
1500 18.1134 0.8299
1700 17.6845 0.8226
2000 16.2955 0.8032
2200 15.6255 0.7902
2400 15.0973 0.7757
2500 14.9823 0.7609
2600 14.4724 0.7461
2800 13.7135 0.7291
3000 13.2783 0.7152
3300 12.7256 0.6995
3600 11.6823 0.6901

Table 4.21  IFT Measurements for CH4-Dead Oil Sample B

Components % Mole at MMP
C 1 70.0012
C 6 3.2598
C 7 0.53352
C 8 0.1464
C 9 0.583938
C 10 0.82875
C 11 1.19877
C 12 1.3101
C 13 2.3589
C 14 1.90767
C 15 2.36868
C 16+ 15.5064

Table 4.22  Equilibrium Composition of CH4-Dead Oil Sample B at MMP
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Figure 4.21  MMP Measurement for CH4-Dead Oil Sample H

Figure 4.22  MMP Measurement for VRI-Dead Oil Sample H
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P, psi ���	
����� �������
1000 16.144 0.838
1200 15.134 0.8181
1300 14.143 0.8107
1400 12.792 0.8031
1500 11.763 0.7942
1600 10.233 0.7826
1700 9.424 0.7742
2000 7.0942 0.7397
2100 6.0985 0.7284
2200 5.0986 0.725

Table 4.23: IFT Measurements for VRI-Dead Oil Sample H

Components % Mole at MMP
CO2 0.8379
C 1 54.88
C 2 6.2328
C 3 4.1433
C 4 2.9393
C 5 0.7903
C 6 3.4108
C 7 0.56229
C 8 0.1464
C 9 0.583938
C 10 0.82875
C 11 1.19877
C 12 1.3101
C 13 2.3589
C 14 1.90767
C 15 2.36868
C 16+ 15.5064

Table 4.24  Equilibrium Composition of VRI-Dead Oil Sample H at MMP
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P, psi ���	
����� �������
1400 9.0112 0.44647
1500 8.5785 0.3634
1600 7.6309 0.3092
1700 7.0018 0.2706
1750 6.724 0.2653
1800 6.022 0.2406
1850 5.755 0.2343
1900 5.152 0.2161
1950 4.627 0.1992

Table 4.25  IFT Measurements for CO2-Live Oil Sample G

Components % Mole at MMP
CO2 70.000687
N2 0.027519
C 1 6.83814
C 2 0.004128
C 3 0.004128
C 4 0.000687
C 8 0.507744
C 9 1.70874
C 10 1.322832
C 11 1.297746
C 12 1.895616
C 13 1.94391
C 14 2.19621
C 15 1.963662
C 16 1.049535
C 17 1.550136
C 18+ 7.688583

Table 4.26: Equilibrium Composition of CO2-Live Oil Sample G at MMP
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Figure 4.23  MMP Measurement for CO2-Live Oil Sample G

Figure 4.24  MMP Measurement for CH4-Live Oil Sample G
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P, psi ���	
����� �������
1550 18.1134 0.7859
1700 17.6845 0.7672
2000 16.2955 0.7242
2300 14.8255 0.6997
2500 14.2973 0.674
2800 13.823 0.6371
3000 13.1724 0.6138
3300 12.2135 0.5897
3600 11.2783 0.5551

Table 4.27  IFT Measurements for CH4-Live Oil Sample G

Components %  Mole at MMP
CO2 0.000687
N2 0.027519
C 1 76.83814
C 2 0.004128
C 3 0.004128
C 4 0.000687
C 8 0.507744
C 9 1.70874
C 10 1.322832
C 11 1.297746
C 12 1.895616
C 13 1.94391
C 14 2.19621
C 15 1.963662
C 16 1.049535
C 17 1.550136
C 18+ 7.688583

Table 4.28  Equilibrium Composition of CH4-Live Oil Sample G at MMP
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P, psi ���	
����� �������
1550 11.6764 0.746
1700 10.4452 0.7314
1850 9.2692 0.7162
2000 8.4479 0.7022
2150 7.2529 0.6877
2300 6.4923 0.6732
2450 5.3111 0.6593
2600 4.2319 0.6454

Table 4.29  IFT Measurements for VRI-Live Oil Sample G

Components % Mole at MMP
CO2 0.84477
N2 0.027519
C 1 61.71814
C 2 6.236928
C 3 4.147428
C 4 2.939987
C 5 0.7903
C 6 0.15099
C 7 0.02877
C 8 0.507744
C 9 1.70874
C 10 1.322832
C 11 1.297746
C 12 1.895616
C 13 1.94391
C 14 2.19621
C 15 1.963662
C 16 1.049535
C 17 1.550136
C 18+ 7.688583

Table 4.30  Equilibrium Composition of VRI-Live Oil Sample G at MMP
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Figure 4.25  MMP Measurement for VRI-Live Oil Sample G

Figure 4.26  MMP Measurement for CO2-Live Oil Sample H



98

P, psi ���	
����� �������
1800 6.941 0.253
1850 6.2282 0.239
1900 5.8736 0.2257
1950 5.415 0.2133
2000 4.963 0.202

Table 4.31  IFT Measurements for CO2-Live Oil Sample H

Components % Mole at MMP
CO2 70.001045
N2 0.00418
C 1 10.38698
C 2 0.00627
C 3 0.00627
C 4 0.001044
C 6 2.164344
C 7 0.348327
C 8 0.095745
C 9 0.381246
C 10 0.541077
C 11 0.782661
C 12 0.855363
C 13 1.504848
C 14 1.245501
C 15 1.546479
C 16+ 10.12698

Table 4.32  Equilibrium Composition of CO2-Live Oil Sample H at MMP
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P, psi ���	
����� �������
1800 17.8845 0.6752
2000 17.001 0.6322
2300 16.6255 0.6077
2500 15.973 0.582
2800 14.98823 0.5451
3000 14.2724 0.5218
3300 13.25135 0.4977
3600 11.783 0.4631

Table 4.33  IFT Measurements for CH4-Live Oil Sample

Components % Mole
CO2 0.001045
N2 0.00418
C 1 65.267
C 2 6.23907
C 3 4.14957
C 4 2.340344
C 6 2.31533
C 7 0.377097
C 8 0.095745
C 9 0.381246
C 10 0.541077
C 11 0.782661
C 12 0.855363
C 13 1.504848
C 14 1.245501
C 15 1.546479
C 16+ 10.12698

Table 4.34  Equilibrium Composition of CH4-Live Oil Sample H at MMP
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Figure 4.27  MMP Measurement for CH4-Live Oil Sample H

Figure 4.28  MMP Measurement for VRI-Live Oil Sample H
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P, psi ���	
����� �������
1800 12.2764 0.7124
2000 10.9452 0.6918
2300 8.6692 0.6687
2500 7.3923 0.6472
2800 5.6111 0.6211
3000 4.2428 0.6018

Table 4.35  IFT Measurements for VRI-Live Oil Sample H

Components % Mole at MMP
CO2 .841383
N2 0.027519
C 1 61.71814
C 2 6.236928
C 3 4.147428
C 4 2.939987
C 5 0.7903
C 6 0.15099
C 7 0.02877
C 8 0.095745
C 9 0.381246
C 10 0.541077
C 11 0.782661
C 12 0.855363
C 13 1.504848
C 14 1.245501
C 15 1.546479
C 16+ 10.12698

Table 4.36  Equilibrium Composition of VRI-Live Oil Sample H at MMP
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Chapter 5 FLUID PHASE BEHAVIOR AND VISCOSITY MODELING
System pressure, temperature, fluid composition, and component chemistry dictate 

the reservoir fluid phase behavior. Accordingly, fluids can exist either in single phase or

multiple phases. During the production process petroleum fluids undergo changes in 

pressure and temperature. Changes in reservoir fluid compositions are introduced when a 

solvent is injected into the reservoir for enhanced oil recovery. These changes are 

responsible for controlling the fluid phase equilibrium. Even the viscosities of petroleum 

fluids are impacted by equilibrium phase properties. Compositional reservoir simulators, 

surface facility designing, and pipeline flow calculations require prediction of the 

equilibrium phase properties quantitatively and qualitatively. The most reliable source for 

obtaining data on equilibrium fluid phases is laboratory experiments. However, 

measuring fluid properties at all conditions of pressures and temperatures through 

laboratory studies is time consuming and not practical. Thus, equations of state (EOS) 

models are employed to carry out the vapor-liquid equilibrium calculations and predict 

the phase properties. These EOS models can simulate laboratory tests like CCE, DL, and 

MMP and can also be incorporated into compositional reservoir simulations for 

predicting the phase properties at each grid block in whole reservoir. 

5.1 Equation of State Modeling

An equation of state  is an analytical expression that relates the pressure, temperature, 

and volume of the fluid. One of the simplest EOS is the ideal gas law, which is roughly 

accurate for gases at low pressures and high temperatures. However, this equation 

becomes increasingly inaccurate at higher pressures and lower temperatures and fails to 

predict condensation from a gas to a liquid. In order to improve predictions for the liquid 

phase, a number of accurate EOS have been developed for gases and liquids. At present, 

there is no single EOS that accurately predicts the phase properties of all the fluids at all 

temperatures and pressures. The Peng-Robinson equation, developed in 1976 with 

modification introduced in 1978, and the Soave–Redlich–Kwong equation are widely 

used in most PVT simulators and compositional reservoir simulators. The Peng-Robinson 

EOS performs similar to the Soave equation, although it is generally superior in 

predicting the liquid phase densities of many fluids, especially nonpolar ones. In this 

work the Peng-Robinson EOS was used to simulate PVT tests and predict the phase 

behavior of heavy oils. 
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Normally most EOS predictions are not accurate. Parameters like bubble point, liquid 

phase densities, and compositions may be off by several percent from experimental 

values. These inconsistencies in EOS predictions are due to insufficient characterization 

of the plus fractions, inadequate binary interaction coefficients, or incorrect overall 

composition. The predictions of an EOS can be improved by tuning the parameters in the 

EOS to match experimental fluid phase properties. Most of the time critical pressure (Pc),

critical temperature (Tc), and the �4�#��)4� ��4�%�� �?	� %�� ���� 1�6�� ���4�)%#� %�� ()��4��

multipliers on EOS constants can be modified for matching experimental data obtained 

from PVT studies on the reservoir fluid. The following sections present EOS modeling 

and tuning results for experimental PVT data listed in Chapter 4 for ANS viscous oil 

samples G and H.

5.1.1 Equation of State Tuning 

The Peng-Robinson (1978) EOS was used to simulate phase behavior of viscous oil 

samples. A compositional PVT simulator (WinProp®), developed by Computer 

Modeling Group (CMG), was used for this task. Figures 5.1 through 5.4 display the 

results of regressed PR-EOS for sample G. The sample G was characterized 

compositionally until C18+ and used in a PVT simulator. Figures 5.1 to 5.5 show the 

match for the solution gas/oil ratio, saturation pressure, and density of oil is satisfactory 

whereas the liquid formation volume factor, the average deviation between experimental, 

and regressed EOS prediction increases after 500 psia. The match of density and 

saturation pressure was given preference over formation volume factor mainly because 

density measurements are more likely to be accurate compared to formation volume 

factor, which is a ratio. A small error in measurement of oil volume at standard 

conditions can give rise to relatively large error in oil formation volume factor. 
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Figure 5.1  Predictions of Tuned Peng-Robinson EOS for Relative Oil Volume of ANS 
Viscous Oil Sample G
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Figure 5.2  Predictions of Tuned Peng-Robinson EOS for Solution Gas/Oil Ratio of ANS 
Viscous Oil Sample G
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Figure 5.3  Predictions of Tuned Peng-Robinson EOS for Oil Formation Volume Factor 
of ANS Viscous Oil Sample G
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Figure 5.4  Predictions of Tuned Peng-Robinson EOS for Oil Density of ANS Viscous 
Oil Sample G

Critical properties (Pc, Tc	�� �4�#��)4� ��4�%�� �?	�� �#d molecular weight of the plus 

fraction along with omega A and omega B parameters for methane, were used as 
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regression parameters for tuning PR-EOS of Oil sample G. Additionally, volume shift 

parameters were used to match volumetric data without affecting the equilibrium 

calculations. Similarly, the PR-EOS was tuned for PVT results of Oil sample H. Figures 

5.5 through 5.8 display results of tuning PR- EOS for oil sample H.  
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Figure 5.5  Predictions of Tuned Peng-Robinson EOS for Relative Oil Volume of ANS 
Viscous Oil Sample H
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Figure 5.6  Predictions of Tuned Peng-Robinson EOS for Density of ANS Viscous Oil 
Sample H
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Figure 5.7  Predictions of Tuned Peng-Robinson EOS for Solution Gas Oil Ratio of ANS 
Viscous Oil Sample H
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Figure 5.8  Predictions of Tuned Peng-Robinson EOS for Liquid Formation Volume 
Factor of ANS Viscous Oil Sample H

For tuning EOS for Oil sample H along with critical properties of the plus 

fraction, omega A, omega B of methane, volume shift parameters and interaction 

coefficients between each of C1, N2 CO2 with C16+ were selected as regression 
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parameters. As with regression variables the bubble point pressure, densities of oil at 

various pressures from the differential liberation experiment, and initial solution gas/oil 

ratio were selected over other experimentally measured properties due to relatively higher 

accuracy in their measurement.

5.2 Methodology for Viscosity Computation 

5.2.1 Characterization of the Plus Fraction 

For accurate predictions of phase equilibrium, it is necessary to characterize the plus 

fraction. Exponential and gamma distributions are the two commonly used distribution 

schemes for the splitting of the plus fraction. Of these, the exponential distribution 

scheme is appropriate for the gas condensates and lighter fluids while the gamma 

distribution is applicable for all types of fluids (WinProp, 2005). For heavy oils, the 

gamma distribution scheme is commonly employed. However, it requires an 

experimentally determined parameter, �. This parameter is analogous to the slope 

parameter used for the exponential distribution types. If extended analysis data are 

�<�)������ �#(� J� )�� #%�� �1�4)�)�(�� )�� )�� (����0)#�(� �=� 0)#)0)M��)%#� �%� ����� �)�� ����

experimental data. Due to the larger number of adjustable parameters in the gamma 

()���)�6�)%#������J�1���0�����06����� specified if no extended analysis is available. In the 

absence of this extended analysis, there is no reliable prediction method. 

Recently, Pedersen et al. (2004) modified their earlier exponential distribution 

characterization method for heavy oils. This method allows characterizing the plus 

fraction to a single carbon number as high as 200. Moreover the authors recommended 

using this distribution scheme with their new viscosity model for heavy oils (Lindeloff et 

al., 2004). Due to a large bulk of pseudo-components (C7 - C200), they are then lumped 

together by the well known Whitson lumping scheme (Whitson, 1983). For almost all of 

the oil samples studied, this lumping procedure resulted into a generation of nine pseudo-

components. The simplistic Kay's mixing rule is used to find the properties of an 

individual component. 

5.2.2 Estimation of Pseudo-Component/Plus Fraction Properties

For most purposes, the plus fraction specific gravity and the molecular weight are 

available. Twu (1984) physical properties correlation is used to internally estimate the 

boiling point of the plus fraction. This boiling point, in addition to known specific 
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gravity, is then used for the estimation of the critical properties (Tc, Pc) of the plus 

fraction by Twu (1984) critical properties correlation. For eccentric factor estimation, the 

Kesler-Lee (1976) correlation is used.  

A similar approach is used to compute the pseudo-component properties. The 

generalized molecular weight and specific gravities (Whitson, 1983) are used whenever 

necessary. For the Pedersen et al. (2004) characterization scheme, the pseudo-component 

molecular weight is calculated by the proposed correlation, while the specific gravity is 

determined by the internally consistent correlation. The critical properties of these 

pseudo-components are estimated by the EOS specific correlations presented by the 

authors in the same paper.

5.2.3 Binary Interaction Parameters (BIPs)

The importance of the interaction parameters, 
ij, in the accuracy of the phase 

behavior calculations, especially saturation pressures, has been demonstrated by Peng and 

Robinson (1976). Theoretically, BIP is introduced to account for the molecular 

interaction between dissimilar molecules. Their values are usually obtained by fitting the 

predicted saturation pressure curves to the experimental data for binary systems.

The hydrocarbon (HC) and non-hydrocarbon (Non-HC) interaction parameters used 

are from the Computer Modeling Group Ltd. (CMG) database. These values are 

essentially taken from Oellrich et al. (1981). The HC-HC interaction coefficients are 

estimated in the following correlation:
.
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(5.1) 

In the above equation, � is used as an adjustable parameter that can be tuned to match 

the experimental data. Oellrich et al. (1981) have suggested that this value is usually 

constant and can be set to 1.2 for most calculations. Note that the units of the critical 

volumes should be consistent with the rest of the calculations. In this work the units of 

the critical volumes are set to cu ft/lb-mole. If the Pedersen et al. (2004) characterization 

scheme is used, then the HC-HC BIPs are set to zero as suggested by the authors.

5.2.4 Volume Shift

The Volume Translation technique is used for improving the prediction of phase 

density with EOS. Since density is an input parameter for some of the viscosity 
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calculation methods, it is of the utmost importance to correct the liquid-phase volume 

predicted by the EOS. The Peneloux et al. (1982) method of improving volumetric 

predictions by introducing a third parameter into a two-parameter EOS is applied to the 

PR-EOS. This method is particularly attractive because the third parameter does not 

change the vapor/liquid equilibrium conditions determined by the modified, two-

parameter equation, but modifies the phase volumes by effecting certain translations 

along the volume axis. For simplicity, temperature-independent volume shifts generated 

by CMG's WinProp module are used in the calculation routines. This shift parameter 

calculation method is based on the procedure proposed by Jhaveri and Youngren (1988). 

For the Pedersen et al. (2004) characterization scheme, the temperature dependent 

volume translation is used. The necessary equations are presented in the aforementioned 

reference.

5.2.5 Estimation of the Bubble Point Pressure (Pb) 

The bubble point pressure is calculated by PR-EOS. The procedure is generic and is 

readily available in the literature (Dandekar, 2006). 

5.2.6 CCE and DL Simulation

The CCE and DL tests are mainly required to obtain the compositional profile and 

reservoir engineering data for every pressure reduction step below the bubble point 

pressure. As with bubble point pressure, the simulation procedure is very generic. The 

simplistic review is provided by Dandekar (2006). The initial guess for the flash 

calculations is computed from the relationships summarized by Riazi (2005). This guess 

is very important for the convergence of the flash calculations. 

5.2.7 Regression

The EOS parameter tuning is a nonlinear minimization problem. The phase behavior 

simulated with any EOS often does not match with the experimental data. Hence, it is 

always necessary to ‘tune’ certain parameters to accurately simulate the experimental 

data. These parameters are generally the ones with less confidence in their estimated 

values, e.g., typically the Pc, Tc, and � of the plus fraction or the pseudo-components. 

The objective function can be expressed as:

� � � �! "5 6
�
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Here x is a vector of tunable parameters. N, w, exp, and model denote the number of 

data points, the weight factor, and the experimental and model-calculated values, 

respectively. The typical experimental data points are the bubble point pressure, bubble 

point density, API gravity, liquid phase densities at different pressures, solution gas/oil 

ratio, formation volume factors, etc. The weighing factors are generally kept at unity 

except, in some cases, for the bubble point pressure and density can be set at higher 

values depending upon the match needed. 

This problem is solved with the commonly employed Levenberg-Marquardt 

algorithm as listed by Agarwal et al. (1990) and Zuo and Zhang (2000). Agarwal et al. 

have introduced an additional modification to dynamically select the most meaningful 

regression parameters from a larger set of variables. This selection is extremely useful in 

EOS fitting because it alleviates the problem of deciding in advance the best regression 

variables, which is extremely difficult. In order to avoid significant programming efforts 

to introduce the above modification, a readily available algorithm in MatLab® was used. 

MatLab® has a built-in ‘lsqnonlin’ solver available for nonlinear least squares problems 

in its Optimization Toolbox. It has two different algorithms available to solve these 

problems: 

1. Large Scale

2. Medium Scale – Levenberg-Marquardt 

The comprehensive description of these algorithms can be found in the MatLab’s 

Help section. The large-scale method for lsqnonlin does not solve underdetermined 

systems; it requires that the number of equations (i.e., the number of elements of F) be at 

least as great as the number of variables. In the underdetermined case, the medium-scale 

algorithm was used instead. For example, data set A does not have any PVT data 

available except the bubble point pressure. In this case one has to use the medium-scale 

algorithm. The prominent tuning parameters are Pc, Tc, and � of the pseudo-components. 

It must be stated here that only these commonly employed tuning variables have been 

used to tune the phase behavior data. No significant efforts were expended to devise the 

best possible tuning strategy, since the main focus of the project is to model the 

viscosities. The bounds on these variables were typical in the range of ±20%, ±20%, and 

±5%, respectively. In rare circumstances these bounds were exceeded.
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5.2.8 Calculation Scheme

1. Basic input parameters: T, P, composition, and MW and specific gravity of the 

plus fraction 

2. Characterization of plus fraction (optional) 

3. Modified Exponential Distribution (Pedersen et al., 2004) 

4. Estimation of pseudo-component/plus fraction properties 

5. Physical and critical properties (Twu, 1984) 

6. Acentric factor (Kesler and Lee, 1976) 

7. Estimation of bubble point pressure (Pb) 

8. PR-EOS

9. Liquid volume correction (volume shift) 

10. Binary Interaction Parameters (BIP)

11. Constant Composition Expansion (CCE) simulation 

12. Differential Liberation (DL) simulation

13. Evaluation of viscosity with different compositional models

14. Regression of the experimental data and tuning 

15. Application of the tuned parameters to various viscosity models 

The above calculation scheme is followed to evaluate the data sets. For the given 

data, an input Microsoft® Excel® file is created. MatLab® is used as a programming 

platform. The output is written back to the same Excel file in the designated cells.

5.3 MMP Calculations by EOS and by Using Correlations 

As described in Section 3.5, the Peng-Robinson (1978) EOS was used to perform 

numerical calculations to determine MMP. CMG WinProp’s MCM simulator was used to 

perform these calculations. The EOS was tuned by the procedure mentioned in Section 

5.5.1. The VIT technique involved contact of fresh reservoir oil with pre-equilibrated 

CO2 gas by placing a small amount of oil at the bottom of the optical cell. This process 

simulated a dynamic (multiple-contact) displacement process occurring in the reservoir, 

where the injected gas interacts with reservoir oil as it moves ahead in the reservoir, and 

gradually there is an alteration in composition due to mass transfer between fluid phases 

so as to become miscible with the original oil. The definition of multiple contact is an 

approximation which serves well to explain the “continuous interaction” that actually 

occurs in an reservoir. It is an approximation because an infinite number of such contacts 
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between phases will be required in order to truly approach the result of their continuous 

interaction.

Since the IFT measurements were made using the pendant drop technique after 

complete equilibrium and stabilization of the mass transfer between the fluid phases, it 

was concluded that the terms “Equilibrium IFT” and “Equilibrium Miscibility” are 

appropriate to use for this type of an experimental study. Equilibrium IFT typically 

simulates a real reservoir where the injected CO2 gas interacts continuously with crude 

oil as it flows to the producing well. This continuous interaction enables counter-

directional mass transfer (vaporizing and condensing) between the fluid phases, thereby 

allowing the system to attain equilibrium miscibility. The simulations performed using a 

MCM simulator helped in determining the dominant mass transfer process. In the case of 

CO2, the mass transfer occurred by condensing drive, while condensing-vaporizing drive 

and vaporizing drive were dominant for VRI and CH4 injections, respectively. The 

percent deviation between MMP calculated by pendant drop experiments and those 

obtained from MCM simulations was about 4.86%. The results are shown in Table 5.1. 

Oil Sample CO2 MMP CH4 MMP VRI MMP
Expt. Simulated Expt. Simulated Expt. Simulated

Sample A Dead Oil 2150 2178 6432 6450 2725 2754

Sample B Dead Oil 2215 2243 6618 6645 2884 2900

Sample A Live Oil 2478 2505 6652 6690 3206 3215

Sample B Live Oil 2586 2625 6988 7013 3550 3577

Table 5.1  Comparison of MMP Calculations 

MMP was calculated using various correlations described in Section 2.1.10. It should 

be noted that Equations 2.5 and 2.6 only consider temperature as a parameter for MMP 

calculations, and hence the results were found to be the same for different CO2-oil 

systems at the same temperature. An important assumption while using Equations 2.5 and 

2.6 is that, for reservoirs below 120°F, the bubble point pressure should be considered as 

the MMP. The values obtained by Equation 2.7 were based on temperature and 

composition of the plus fraction along with composition of methane in oil phase. It 

should be noted that these correlations were developed for different sets of oil samples 

which are comparatively different from oil samples used here. Therefore, the values of 
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MMP using correlations only serve as a base and should not be used for comparisons. 

The values obtained by MMP correlations are reported in Table 5.2. 

Oil Sample CO2 MMP CH4 MMP
equation 2.5 equation 2.6 equation 2.7 equation 2.8

Sample 1 Dead Oil 1163.176 1275.94 2411.23 6623.74
Sample 2 Dead Oil 1163.176 1275.94 2623.16 6815.23
Sample 1 Live Oil 1395 1395 2843.12 7125.44
Sample 2 Live Oil 1786 1786 3012.58 7297.61

Table 5.2  MMP Calculations by Correlations 

A comparison between the MMP calculated by simulations and experiments and 

those by using correlations are shown in Figures 5.9, 5.10, and 5.11, respectively. Note 

that for calculating values of CO2-oil systems, only Equation 2.7 was used.  

Figure 5.9  CO2-Oil Samples MMP Variations
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Figure 5.10  CH4-Oil Samples MMP Variations.

Figure 5.11  VRI-Oil Samples MMP Variations.
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Chapter 6 COMPARATIVE STUDY OF VISCOSITY MODELS

6.1 Evaluation Procedure

In this chapter, a comparative study is presented for the LBC and Pedersen class 

models. The Lindeloff model (Lindeloff et al., 2004) is dealt with separately in the next 

chapter. The calculation scheme explained in the previous chapter is followed to evaluate 

each data set. A series of M-files (MatLab® files) is created to calculate the bubble point 

pressure, CCE and DL simulation, and viscosities by various models. These files are run 

in the aforementioned order to generate an output. The runs are carried out by two 

methods: uncharacterized oil sample and after characterizing with the Pedersen et al. 

(2004) scheme. For most of the oil samples, the molar compositional data was available 

until C7+. For an uncharacterized oil sample, the plus fraction data (C7+) are used as is. 

Table 6.1 shows the comparison of the experimental and calculated bubble point 

pressures.

Data 
Set

Temp, 
oF 

Experimental 
Pb, psia

Calculated Pb, psia % Deviation

Uncharacterized Characterized Uncharacterized Characterized

Set A 130 2324 4497.8 3731.9 94% 61%
Set B 171 754 1002.0 1133.7 33% 50%

Set C1 100 178 200.0 232.0 12% 30%
Set C2 140 201 232.7 268.9 16% 34%
Set C3 180 225 267.2 307.6 19% 37%
Set D1 100 165 228.0 261.8 38% 59%
Set D2 140 180 264.8 303.3 47% 69%
Set D3 180 195 302.5 346.1 55% 77%
Set E1 80 510 693.4 877.3 36% 72%
Set E2 120 575 800.0 1005.0 39% 75%
Set E3 160 640 902.0 1127.0 41% 76%
Set F 114 1046 1715.5 1676.0 64% 60%
Set G 84 1183 1376.5 1493.6 16% 26%
Set H 81 1587 2562.2 2674.1 61% 69%

41% 57%

Table 6.1  Experimental vs. Simulated Bubble Point Pressures 

Table 6.1 shows the experimental and calculated bubble point pressures do not match. 

Hence, it is of the utmost importance to match these pressures before any comparison is 

done. To accomplish this, it is necessary to tune certain variables (e.g. Pc, Tc, of pseudo-

components) to match the bubble point pressure. In this study, only the critical pressure 
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of plus fraction or that of pseudo-components is varied to obtain the match. However, no 

attempt was made to match bubble point viscosities. Without this, it is difficult to make 

one-on-one comparison. However, the main purpose of the comparative study is to 

evaluate the raw prediction capabilities of different viscosity models. So, it is still 

possible to carry out a qualitative comparison. 

Instead of presenting the results for all samples, the representative results are 

presented only for Data Set C1. This, however, allows discussing the results in great 

detail for each and every viscosity model considered for this study. Essentially the same 

trend is observed for all the other data sets with minor variations. The results for the Data 

Sets A and F are summarized in Raut (2007). The experimental viscosity versus the 

pressure profile for set C1 is plotted in Figure 6.1. 
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Figure 6.1  Plot of the Experimental Data for Set C1 at 100°F 

Figures 6.2 and 6.3 summarize the simulation results for different viscosity models. 

The results are classified into two main categories: Uncharacterized sample and 

Characterized sample.
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Figure 6.2  Results for Uncharacterized Oil Sample (Data Set C1)
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Figure 6.2  (continued) Results for Uncharacterized Oil Sample (Data Set C1) 

Moharam and Fahim (1995)
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Figure 6.3  Results for Characterized Oil Sample (Data Set C1)
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Figure 6.3 (continued)  Results for Characterized Oil Sample (Data Set C1) 

The above results are further summarized in Figures 6.4 and 6.5. 
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Legend Index: Exp – Experimental Data; LBC – LBC Model, Xu – Xu and Khurana 
Model, D’kar – Dandekar Model, Al-Syabi – Al-Syabi Model, Ped 'sen– Pedersen 
Model, Aas-Pet – Aasberg-Petersen Model, Dex'mer – Dexheimer Model, Moh'm – 
Moharam and Fahim Model 

Figure 6.4  Summary of Simulation Results for Uncharacterized Oil Sample (Data Set 
C1)
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Legend Index: Exp – Experimental Data; LBC – LBC Model, Xu – Xu and Khurana 
Model, D’kar – Dandekar Model, Al-Syabi – Al-Syabi Model, Ped 'sen– Pedersen 
Model, Aas-Pet – Aasberg-Petersen Model, Dex'mer – Dexheimer Model, Moh'm – 
Moharam and Fahim Model 

Figure 6.5  Summary of Simulation Results for Characterized Oil Sample (Data Set C1)
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6.2 Discussion of the Results

6.2.1 LBC Class Models

Figures 6.4 and 6.5 show that all the LBC class models greatly underpredict the 

medium-heavy oil viscosities irrespective of whether the sample is characterized or not 

(the thick bottom line in both of the above figures represents all LBC class models). In 

addition to this, most of the LBC class models show discrepancy for saturated viscosities 

(Figures 6.2 and 6.3); the viscosities decrease with reduction in pressure. Since this 

anomaly is generally not observed with light oil samples, it may be specifically related to 

heavy oils. After careful observation, it is seen that the increase in the critical viscosity 

parameter, �, offsets the increase in the density-powered right hand side of Equation 2.12 

for each pressure reduction step in the saturated region. Since it is believed that the 

critical properties and the densities of these oils are predicted with sufficient accuracy, it 

is the form of the model that is causing this anomaly. Moreover, the terms in the model 

like μ* and 10-4 are representative of light oils. Since these terms are kept unaltered in all 

the modified LBC models, they do not support the modeling of the heavy oil viscosities.  

The Xu model (Xu and Khurana, 1996) also seems to underestimate the viscosities 

after tuning and significantly overpredicts before tuning the bubble point pressures. For 

the same data set with an untuned bubble point pressure, the model results are shown in 

Figure 6.6. The legends from Figure 6.4 and 6.5 also applies here. Figure 6.6 shows that 

the Xu model significantly overpredicts the viscosities. This model has been an upgrade 

of the original LBC model to account for higher viscosity oils. However, by introducing 

an exponential term, the model has become highly sensitive to density. Therefore, 

regressing the model coefficients to match the viscosities is not a good option because of 

the nature of this model. Additionally, the Dandekar model (Dandekar and Danesh, 1992) 

and Al-Syabi (Al-Syabi et al., 2001) model are also seen to heavily underpredict the 

viscosities irrespective of whether the sample is characterized or not.
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Figure 6.6  Summary of Simulation Results for Uncharacterized Oil Sample (Untuned Pb) 

The original LBC model was designed to model the gas and light oil viscosities (O���

cP) and the model coefficients (and other terms in the model) were introduced 

accordingly to match the viscosities in this range. It can also be concluded that tuning the 

model coefficients is not a good idea as the form of the model will not support this 

procedure. Thus, in overall terms, the nature of these models makes them virtually 

unsuitable for predicting the medium-heavy oil viscosities.

6.2.2 Pedersen Class Models

For the Pedersen class models, the results are generally in the range of the 

experimental values. The original Pedersen model seems to be robust in replicating the 

shape of the viscosity-pressure profile. This model can be used for modeling the medium-

heavy oil viscosities, albeit after tuning. However, this model needs to be stretched 

beyond the range of its applicability as the apparent temperatures are observed to be as 

low as 35 K, which are significantly below the stipulated temperature of 65 K, as 

explained by the authors (Lindeloff et al., 2004). 

For the other two-reference component viscosity models, the Aasberg-Petersen 

(Aasberg-Petersen et al., 1991) and the Moharam (Moharam and Fahim, 1995) models, 



126

the undersaturated viscosities seem to be decreasing with an increase in pressure. This 

trend was observed with most of the samples. After scrutinizing the results for the 

anomaly, it was observed that the mismatch between the viscosity predictions of the two 

reference components has resulted in this abnormal behavior. From Equation 2.19, the 

molecular weight of the oil sample (MWx) remains the same for the undersaturated 

viscosities.  With an increase in the pressure, the ratio ���r2��r1) should increase. In this 

study this ratio decreased due to the disproportionate increase between the viscosities of 

the two reference compounds. In this work, for the Aasberg-Petersen model, the n-decane 

density was calculated with PR-EOS. This density was used as input to the n-decane 

viscosity calculation. In the original model, the specifically developed n-decane density 

correlation is used for this purpose. It seems that the density values obtained from PR-

EOS need to be tuned for the subsequent n-decane viscosity model. Since the authors 

(Aasberg-Petersen et al., 1991) have also stated that as far as petroleum mixtures are 

concerned the model results are comparable to the original Pedersen model, this model 

was not investigated further.  

In the Moharam model, the saturated viscosities of the reference components are 

pressure-effected by the Lucas correlation. The Lucas correlation was developed for 

reduced temperatures until 0.40 only. In most of the cases, the reduced temperatures were 

in the range of 0.34-0.38, the Lucas correlation seems to underpredict the pressure effect 

at lower reduced temperatures. The Lucas correlation almost returned flat viscosity 

profile with increase in pressure. The authors of this paper (Moharam and Fahim, 1995)

have also briefly discussed the inadequacy of the Lucas correlation. These viscosity 

correlations are not exhaustive as those of methane and n-decane correlations used in the 

earlier models. Additionally, as with Aasberg-Petersen model, the mismatch between the 

viscosity predictions of the two reference components resulted in this anomaly. The 

Dexheimer model (Dexheimer et al., 2001) always returns a flat viscosity-pressure 

profile. While developing this model, methane is replaced with n-decane as a reference 

component in the original Pedersen model. It seems that the original model empirical 

parameters need to be recalculated for n-decane before application of this model. 

The purpose of selecting various Pedersen class models was to understand the effect 

of making the reference component heavier in order to model the more viscous fluids. In 

that case, the dead form of the oil itself can serve as an ideal reference component. 

However, very accurate density and viscosity correlations need to be developed to make 
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the models consistent, along with appropriate tuning of the model parameters. It is very 

difficult to define the behavior of a component not as heavy as n-eicosane. Additionally 

this qualitative study showed that the results will not be beneficial enough to spend these 

efforts as compared to the original Pedersen model. Moreover, at present, the industry 

practice is to tune the Pedersen model coefficients to match the viscosities. However, as 

stated earlier, this model is already stretched beyond the range of its applicability and as 

oils become heavier, this is not a good strategy. Hence there is need for a completely new 

viscosity model. The recently proposed Lindeloff model for medium-heavy and heavy 

oils shows great promise. This model is discussed in depth in the next chapter. 
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Chapter 7 LINDELOFF MODEL AND ITS MODIFICATIONS

7.1 Original Lindeloff Model

The existing LBC and Pedersen class models are not capable of accurately predicting 

medium-heavy (viscous) oil viscosity. The tuning of these models is also not advisable 

for the reasons explained earlier. Hence, it is seen that there is a need for a completely 

new viscosity model. The recently proposed Lindeloff et al. (2004) model has shown 

great promise as claimed by the authors. Theoretically, this model can not only be used to 

model medium-heavy oil viscosities but also extra heavy oil viscosities.

This model can be applied only after characterizing the sample. The results obtained 

by this method (for the earlier discussed Data Set C1) are shown in Figure 7.1. 
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Figure 7.1  Results of Lindeloff Model for Data Set C1 and Corresponding Saturated 
Viscosities

The model shows very high viscosities for the undersaturated region. Figure 7.1 

shows the model has a very low predictive capability. The model relies heavily on tuning 

the model parameters (coefficient 1.5 and exponent 0.5) to a match with the experimental 

data. Hence this model has been studied in great detail to investigate if its predictive 

capability can be improved.  

7.1.1 Modifications of the Model

One observation of this model showed that the dead oil viscosity correlation used by 

the authors applies only until 30 cP. So it might be inappropriate to stretch the relation to 

hundreds of centipoises. Hence, another dead oil viscosity correlation, recently proposed 

by Hossain et al. (2005), was appraised. 
� � � � ),&,(10 268047.8269024.013766.2271523.0 FTcPT OAPIAPI

od �� 
�
�  (7.1) 
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This correlation is based on the experimental data consisting of viscosities ranging to 

thousands of cPs. In above correlation, the API gravity is substituted in terms of the 

mixture molecular weight. The conversion between the API gravity and the molecular 

weight is carried out with the following relation by Lasater (1958):

0386.1
1

9.7864
�
�
�

�
�
��

API
MW o (7.2) 

In Equation 7.2, MW is the C5+ fraction molecular weight. In practice, the numerical 

constants can be readjusted to make it a true mixture molecular weight (to include lighter 

components). Since the mixture molecular weight is often tuned to match the viscosities, 

no attempt has been made to modify the constants in Equation 7.2.  

Secondly, the authors have maintained the ratio of weight to number averaged 

molecular weights as a constant, 1.5. The authors further stated that this ratio can be used 

as a tunable parameter, if desired. This ratio can be obtained easily if a DL simulation is 

conducted for an individual oil at stock tank conditions. For the oil samples studied, this 

ratio was observed to remain in the range of 1.3 to 3.0. So this ratio appears to have a 

physical significance and it need not be a constant or tunable parameter, but should be 

evaluated for an individual oil sample. In addition to this, the pressure effect for the 

undersaturated region has been established by the commonly known exponential 

relationship: 

� �! "o
o

PPm 
� exp
�
� (7.3) 

In this correlation the coefficient of the pressure differential, m, is assumed to be a 

constant number. This coefficient is not invariable but is a function of many parameters 

such as temperature, oil gravity, etc. This is illustrated in Figure 7.2. 
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Figure 7.2  Undersaturated Viscosities vs. Pressure Profile for Different Temperatures

Figure 7.2 shows that as the temperature decreases, the pressure effect becomes more 

pronounced for the same oil studied (higher slope of the line). Many researchers have 

recognized this effect and have attempted to incorporate it appropriately. For example, 

Bergman and Sutton (2006) assimilated this effect in terms of bubble point viscosity. But 

all of these correlations are suited for black-oil simulators. For compositional modeling, it 

is ideal to have a correlation in terms of abstract variables, e.g. temperature.

In the absence of such a correlation in the literature, one practical approach has been 

suggested. Ideally, live oil viscosity measurements have to be carried out as a function of 

pressure for various temperatures. Of the existing data, sets C, D, and E have viscosity 

data available as a function of pressure for three different temperatures. The 

undersaturated viscosity-pressure data present for these temperatures have been used to 

capture the above-mentioned effect. The coefficient m has been fitted as a function of 

temperature. It was also observed that m is a weak function of the molecular weight of 

the oil. As oil becomes heavy, the pressure effect seems to be enhanced. The relation is 

represented as follows:

� �RTpsiam
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MWm O,&,108086.1102489.11045023.6 1
2

75 
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�����

               (7.4) 

From this correlation, it is seen that m is a strong function of temperature and a very 

weak function of the oil molecular weight. The molecular weight, MW, in Equation 7.4, 

is the number-averaged molecular weight. After applying all of the suggested changes, 
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the model is left with only tunable parameter, the exponent 0.5. This can be tuned to get a 

match with the experimental data.

7.1.2 Results and Discussion

This modified Lindeloff model and the original model were applied to Data Set C1 

and the results compared. In the original model, all of the three parameters; coefficient 

1.5, exponent 0.5, and the pressure differential coefficient m, are tuned to get the match 

with the experimental data. The original paper (Lindeloff et al., 2004) recommended 

varying the first two parameters only. It is impossible to get a good match for the 

undersaturated region with the constant pressure differential coefficient (0.008 atm-1)

suggested by the authors. Hence, the proposed m correlation was used for this purpose. 

However, for the modified model, only the exponent 0.5 was tuned to get the fit. The 

results are shown in the Figures. 7.3 and 7.4. 
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Figure 7.3  Comparison of Original and Modified Lindeloff models (Data Set C1)
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Figure 7.4  Comparison of the Modified Molecular Weights (Data Set C1) 

Figure 7.3 shows that both the original and modified Lindeloff models seem to fit the 

experimental data very well for the undersaturated region. However, a more careful 

examination of the tuning of the parameters can be judged with the help of Figure 7.4. In 

all Pedersen class models, the mixture molecular weight is increased by a suitable factor 

before being applied in the viscosity model. The main reason for this is that heavy 

molecules contribute more toward the viscosity and need to be accounted for accordingly. 

It may be also that the gases in liquid phase impart more viscosity than in the gas phase 

itself. Hence, their molecular weights also need to be increased before substitution in the 

Pedersen class viscosity models. Carefully studying Figure 7.4, it is evident that the 

molecular weights have to be increased by a considerable amount in the original 

Lindeloff model, as compared to the modified model. The new upgrade seems to be 

fundamentally more accurate and has a higher predictive capability. The only tunable 

parameter remaining is the exponent 0.5, which can be effortlessly tuned to get a match 

with the experimental viscosity data.

However, Figure 7.3 shows that the saturated viscosities match is just fine for the 

original and modified models. So it may be that the phase behavior of heavy oils needs to 

be restudied for this low pressure region. The phase behavior is utilized, as far as this 

model is concerned, only in terms of the mixture molecular weight at each pressure 

reduction step. Because of the high flexibility of this model, it was decided to try to tune 

the simulated ratio of the weight to number-averaged molecular weights (coefficient 1.5) 
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to see its effect on the viscosity prediction for the saturated region. Thus the tuning 

strategy can be summarized as follows.

1. Tune the exponent 0.5 to match the viscosities; mainly the bubble point and 

the saturated region viscosities.

2. Tune the m correlation to match the undersaturated viscosities. This can 

simply be done by multiplying the suitable factor to the m correlation to adjust 

the slope. 

3. Finally, fine tune the ratio of the weight to number-averaged molecular weight 

(coefficient '1.5') to improve a overall match. This may also warrant the final 

readjustment of the m correlation and the exponent 0.5. 

With this tuning strategy, the new result is shown in Figure 7.5. 
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Figure 7.5  Comparison of Original and Modified Lindeloff models with Additional 
Tuning of Coefficient 1.5 (Data Set C1) 

The Percent Average Absolute Deviation (%AAD) for this data set is found to be 

4.22%. As compared to Figure 7.3, a better match is achieved (In the earlier case, %AAD 

was 6.88%). In an earlier fit, the ratio of the weight to number-averaged molecular 

weight was found to be 1.76, which was tuned to 1.64 to get the above fit. The exponent 

0.5 was also readjusted. The molecular weight-pressure profile, shown in Figure 7.4, 

remained virtually invariant by the above combined change. In this data set, for the last 

pressure reduction step of 50 psia to 14.7 psia, the viscosity jumped from 72 cP to 114 

cP. If this atmospheric viscosity point is excluded, the %AAD improves to 2.25%. In 
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Figures 7.3 and 7.5, the results are presented to a pressure of 1000 psia to better illustrate 

the results for the saturated region. For both models, the undersaturated region viscosity 

match was always good.  

A similar strategy was applied to the other data sets. The Sets C, D, and E showed 

significant improvement over the original Lindeloff model. Since the m correlation was 

developed based on the Sets C, D, and E, these are presumed to give good results for the 

undersaturated viscosities. Instead, the results for Set A and Set F are presented below.

These sets are presented to show the result of the pressure differential coefficient 

correlation, which was developed independent of these data. 

Figures 7.6 (A) and (B) show the results for Data Set A. Figure. 7.6 (A) shows that 

the m correlation, when used as is, under predicted the undersaturated region viscosities. 

To get a good match, the overall m value was tuned (multiplied by factor 1.7) to get a 

good match for the undersaturated region viscosities. Figure 7.6 (B) shows that the 

viscosities are accurately predicted. Again, for saturated region viscosities it is seen that 

for the last pressure reduction step from 300 psia to atmospheric pressure, the viscosity 

value jumped from 197 cP to 475 cP. If this atmospheric viscosity point is not 

considered, the %AAD for this data set becomes 3.35%. 

Figures 7.7 (A) and (B) show the results for Data Set F. After tuning the m

correlation, the %AAD for this data set is found to be 5.5%. The model, however, failed 

to produce a good match for the saturated region viscosities. Since this phenomenon is 

observed with Data Set C1 and A as well, it seems that this viscosity model is incapable 

of predicting the viscosity behavior at very low pressures, especially close to atmospheric 

pressures. Thus this three-parameter model should be further improved to get a 

simultaneous good prediction for both the saturated as well as the undersaturated region 

viscosities. It may be also that the compositional changes, which are obviously quite 

significant, are not adequately captured by the EOS model. 

Though the original Lindeloff model also seems to give good results when compared 

to the modified model, as stated earlier, the mixture molecular weights need to be 

increased significantly as compared to the new modified model. Moreover, while 

applying the original model, the original constant pressure correction coefficient (0.008 

atm-1) was replaced by the new proposed correlation. Without using the proposed 

correlation it impossible to get a good match.  
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Figure 7.6 (A) and (B)  Lindeloff Model: Data Set A with Tuned m Correlation
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Figure 7.7 (A) and (B)  Lindeloff Model: Data Set F with Tuned m Correlation

The explicit nature of the Lindeloff model offers the greatest advantage: the various 

phase behavior properties, such as bubble point pressure, density, solution gas/oil ratio, 

etc., can be tuned independent of the viscosities. The commonly used tunable parameters, 

such as Pc, Tc, etc., are not featured in the Lindeloff model. This explicit nature allows 

carrying out tuning in commonly employed Microsoft® Excel® software. In this case, the 

above tuning strategy will certainly be practical.

(A)

(B)
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7.2 Further Improvements

As discussed earlier, the proposed modified Lindeloff model was incapable of 

predicting viscosities at very low pressures. Additionally, it was also concluded that the 

tuning of the entire viscosity-pressure profile is virtually impossible with the earlier 

modified three-parameter Lindeloff model. After evaluating various options, the model 

was split into two regions: undersaturated and saturated viscosities. While moving from 

the pivotal bubble point viscosity point, for the undersaturated region, the viscosities 

increase due to increase in pressure itself. On the other hand, for the saturated region, the 

viscosities increase due to an increase in heaviness of oil (due to compositional changes). 

The decrease in pressure actually decreases the viscosities. Since, for both the 

undersaturated and saturated region, the viscosity increase is due to a different physical 

phenomenon, it is logical to divide model into the two regions. Additionally, this split 

may better control the tuning procedure. 

The same calculations were performed for the two regions except the two Lindeloff 

parameters would have different values. Despite this, the viscosities close to atmospheric 

pressure (typically below 60 psia) were not able to produce a good match. This was the 

case with most of the data sets where the viscosity profile showed a sudden jump for the 

saturated region. As already known, the Lindeloff model mainly relies in adjusting the 

mixture molecular weight by a suitable factor to get the viscosity match. This multiplying 

factor, MF, is represented by following equation: 
5.0

5.1 ��
�

�
��
�

�
�

n

w

MW
MW

MF (7.5) 

For any saturated viscosity-pressure profile, the ratio of the weight to number-

averaged molecular weight continuously decreases as the pressure is decreased. For Data 

Set C1, this is illustrated in Table 7.1.
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Pressure, 
psia MWn MWw MWw / MWn

5000 276.3 523.7 1.90 
4000 276.3 523.7 1.90
3000 276.3 523.7 1.90
2000 276.3 523.7 1.90
1000 276.3 523.7 1.90
500 276.3 523.7 1.90 
178 276.3 523.7 1.90
170 276.8 523.7 1.89
160 277.4 523.8 1.89
150 278.0 523.9 1.88
140 278.7 524.0 1.88 
120 280.1 524.3 1.87
100 281.8 524.6 1.86
80 283.7 524.9 1.85
60 286.0 525.3 1.84
50 287.2 525.5 1.83 

14.7 300.0 529.1 1.76

Table 7.1  Sample Calculation Showing Variation of Multiplying Factor with Pressure  
(Data Set C1)

Table 7.1 shows that as the pressure is reduced below the bubble point, the ratio of 

the weight to number-averaged molecular weight decreases. The authors (Lindeloff et al., 

2004) claimed that for dead oil this ratio generally becomes 1.5 or less. For oil samples 

studied in this work, the lowest value for this ratio was found to be 1.44. For this 

particular data set in question, the ratio is found to be 1.76. Hence, MF also decreases 

accordingly for constant model parameters, coefficient 1.5 and exponent 0.5. Though the 

mixture molecular weight increases with decreases in pressure for the saturated region, 

this ever decreasing nature of MF makes it difficult to follow with the much higher low 

pressure region viscosities. This nature of MF is represented in Figure 7.8. 
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Multiplying Factor Nature (Data set C1)
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Figure 7.8  Multiplying Factor (MF) Nature for Data Set C1

Figure 7.8 also shows the values of MF required to get a nearly exact fit with the 

experimental data. It is clearly seen that to match the low pressure region viscosities, it is 

necessary to increase MF. One option is to divide the saturated region at this particular 

point (about 60 psia for Data Set C1). It was decided to further split the saturated region 

at this point. The sum of the mole fractions of either light or heavy components, obtained 

during differential liberation test simulation, if plotted against corresponding pressure, 

usually shows a noticeable change in the slope at this split point. This criterion can be 

used to get the transition point analytically. Different expressions were evaluated to 

obtain the desired trend for the multiplying factor. But it was decided to use the same 

earlier expression (Equation 7.5) to maintain continuity in the analysis. 

In the Lindeloff model, only the molecular weights are tuned to get a match with the 

experimental data. This could very well mean that for the same molecular weights at the 

same temperature, the model will predict equal viscosities. But this is not the case. 

Compared to light oils, heavy oils are dominated by undefined components, and despite 

similar molecular weights, viscosities can differ significantly. Therefore, oil chemistry 

also needs to be taken into account. In absence of this, the model at least requires one 

more degree of confidence. Otherwise, it will be difficult to differentiate between the two 

oils with similar molecular weights. For this, the viscosity of the flashed oil (atmospheric 

pressure and reservoir temperature) is assumed to be known. This data point can easily be 

obtained and is as good as measuring the dead oil viscosity at a given reservoir 

temperature. This data point is then used to tune the dead oil viscosity correlation. This 
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correlation can then correctly represent the dead oil viscosities for varying molecular 

weights at different pressures below the bubble point pressure. 

The undersaturated viscosity versus pressure relation can take various forms, as 

summarized by Bergman and Sutton (2006). The relation can be mainly of two types: 1. 

Linear, and 2. Exponential, as shown in the following equations: 

Linear relation:

� �bb PPm 
�� �� (7.6) 

Exponential relation:
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PPm 
���
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�

�
�
�ln (7.7) 

Where,

Pb = bubble point pressure 

μb = corresponding viscosity 

For the calculations performed until this moment, the exponential relation was used. 

But careful observation showed that the linear relation can properly describe the 

undersaturated viscosity behavior. This is illustrated in Table 7.2. 

Data Set 
Coefficient of Determination (R2) 

Linear Relation Exponential Relation

Set A 0.999 0.987 
Set C1 1.000 0.986 
Set C2 0.999 0.986
Set C3 0.999 0.986
Set D1 0.999 0.974
Set D2 0.999 0.985 
Set D3 1.000 0.985
Set F 0.999 0.988

0.999 0.985

Table 7.2 Undersaturated Viscosity Behavior: Linear vs. Exponential Relation 

Table 7.2 shows that the linear relation better fits the viscosity versus pressure 

relation for all of the selected data sets. Therefore, in all of the prior calculations, the 

exponential relation is replaced with that of linear relation.

In an earlier section, a separate correlation was developed for the pressure differential 

parameter, m. A similar correlation can be developed for the linear dependence and can 
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be equally applied here. But, for a given temperature, it was observed that the variation in 

the m is very small (as appropriately seen in the corresponding correlation, Equation 7.4), 

where change in the molecular weight has a very weak dependence on the value of m).

Hence, m can be essentially kept the same for all three regions. Additionally, it was 

decided to keep m as a tunable parameter as the introduction of geographically diverse 

data sets would have voided the reliability of the earlier correlation.  

Figure 7.9 summarizes the new changes proposed to the already modified Lindeloff 

model. The basic steps behind the modeling can be stated here: 

1. Calculate the dead oil viscosity for a given molecular weight and temperature.

2. Incorporate the pressure effect by applying the linear viscosity versus pressure 

relation, as stated earlier in Equation 7.6. 

Thus for any given pressure and temperature, irrespective of undersaturated or 

saturated region, viscosity is computed using the dead oil viscosity and the linear relation 

between the viscosity and the pressure. For any region, the slope of the line is assumed to 

remain the same. For tuning purposes, all three regions can be tuned simultaneously but 

independent of each other. 

7.2.1 Tuning Strategy

As noted earlier, the explicit nature of Lindeloff model offers the greatest advantage- 

phase behavior can be tuned independent of the viscosities. Also, as discussed in Section 

5.2, the tuning of EOS is a nonlinear minimization problem. The built-in MatLab®

'lsqnonlin' solver is used for this purpose. 

After setting up EOS with phase behavior data, the Lindeloff model parameters are 

tuned separately. With further improvements in the modified Lindeloff model, the

following seven parameters available for tuning the new viscosity model; the two original 

Lindeloff model parameters (coefficient 1.5 and exponent 0.5) for three different regions 

and the slope m of the linear relationship. At first, the dead oil viscosity correlation is 

tuned with the experimental dead oil viscosity data point for the given reservoir 

temperature. The linear slope, m, is fitted exclusively for the undersaturated viscosity 

data and subsequently employed for the saturated viscosities. 
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Figure 7.9  Conceptual Representation of Lindeloff Viscosity Model with New 
Modifications 

All three regions are fitted simultaneously but independent of each other. The 

coefficient 1.5 has a significance of the ratio of the weight-averaged to number-averaged
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molecular weight at the stock tank conditions. For the data sets studied, this ratio varied 

between 1.3 and 3.0. Instead of using the numeral 1.5 in Equations 2.16 and 2.17 as a 

criterion to determine mixture molecular weight, the ratio of the weight to number-

averaged molecular weight for the dead oil itself is used. This forces the atmospheric 

viscosity data point to match the experimental dead oil viscosity. Additionally for the 

exponent 0.5, based on the simulation experience, the lower and upper bounds are set to 

be -1.0 and 2.0 respectively. The negative lower bound suggests that in some cases, the 

dead oil viscosity correlation predicts higher viscosities for the given number-averaged 

molecular weights and these molecular weights need to be decreased before proceeding 

further. For the linear slope m these values are 10- 05 and 0.5 psia-1, respectively. The 

bounds set for the slope m are a bit more relaxed. It must be noted that these bounds are 

based on the data sets studied so far and can have different values as more data becomes 

available. 

7.2.2 Results and Discussion

The new concepts were applied to already existing data sets. At first, only Data Set C 

is reported in detail. It will be followed by the remaining data sets. For Data Set C, the 

phase behavior data are available for three different temperatures: bubble point pressure 

and density, API gravity, undersaturated liquid phase densities, and ROV for constant 

composition expansion tests. Pc, Tc, and � of the pseudo-components are tuned so that 

the tuned values match the data at all three temperatures. The two most important 

parameters, bubble point pressure and corresponding liquid phase density, are compared 

in Table 7.3 for the three temperatures. Table 7.3 shows that a good match is achieved. 

Data Set T, °F
Bubble point Pressure, 

psia
Bubble point Liquid 

Density, lbm/ft3 

Exp Tuned Exp Tuned
C1 100 178 173.6 55.6 55.38 
C2 140 201 202.1 54.6 54.33 
C3 180 225 231.9 53.4 53.26 

Table 7.3  Comparison of the Experimental and Tuned PVT Data (Data Set C)

After setting up the EOS with the experimental phase behavior data, the viscosity data 

were fitted with the tuning strategy proposed earlier. The results are shown in Figure 
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7.10. This figure shows that it is possible to get a very good match with the experimental 

data by using the new modified Lindeloff model. The percent average absolute deviation 

(%AAD) values for above three data sets are 0.91, 1.69, and 1.43, respectively. Table 7.4 

summarizes the tuned Lindeloff model parameters for the three data sets.

Data 
Set T, °F

Region I Region II Region III
m, psia-1

1.5 0.5 1.5 0.5 1.5 0.5

C1 100 1.9626 0.429 2.6402 0.052 1.4000 0.012 0.0094
C2 140 1.9945 0.478 3.0000 0.030 1.4000 0.031 0.0034
C3 180 1.9462 0.416 2.8314 0.042 1.4000 0.034 0.0017

Table 7.4  Tuned New Lindeloff Model Parameters for Data Set C

Table 7.4 shows that, as expected, the slope m decreases as temperature increases. 

The rest of the tuned parameters also fall within the given bounds, although on few 

occasions they reach the limits. However, tuned parameters do not show any monotonic 

trends as temperature increases for the above data sets. It may have to do with the initial 

tuning of the dead oil viscosity correlation which might have changed the reference point. 

Nevertheless, the model parameters in individual regions are pretty close to each other 

and it shows that the model is consistent in nature. The results of this new model for the 

remaining data sets are shown in Figures 7.11-7.17. 

Figures 7.11 through 7.17 summarize the results of the new Lindeloff model for the 

remaining data sets. Data Sets G and H, represent the samples characterized by Alurkar 

(2007), representing oils from the ANS. For Data Sets D and E1, the bubble point 

pressures are very low (<500 psia) compared to the pressures used during the 

experimental measurements (5000 psia). Hence, a separate analysis is provided for the 

saturated viscosities. The results can be best judged with the %AADs. Table 7.5 shows 

the values of model parameters for all data sets and corresponding %AADs. As also 

depicted by Figs. 7.11 to 7.17, Table 7.5 equally shows that very good match can be 

achieved with the experimental data. The %AADs are very low and for Data Sets G and 

H, representing ANS oils, the %AADs are less than one. For Data Set E, only the first 

subset (E1) was simulated as the remaining subsets viscosity values are in single digits 

(equivalent temperatures, To, are greater than 65 K). Hence these viscosities are not truly 

representative of medium-heavy oils. For the twelve data sets represented above, the 

average AAD is 1.37%. 
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Figure 7.10  Results of New Lindeloff Model for Data Set C (C1, C2, and C3) with 
Corresponding Saturated Viscosities 
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Figure 7.10 (continued)  Results of New Lindeloff Model for Data Set C (C1, C2, and 
C3) with Corresponding Saturated Viscosities 
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Figure 7.10 (continued)  Results of New Lindeloff Model for Data Set C (C1, C2, and 
C3) with Corresponding Saturated Viscosities 
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New Lindeloff Model (Set A)
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Figure 7.11  Results of New Lindeloff Model for Data Set A 

New Lindeloff Model (Set B)

0

5

10

15

20

25

0 500 1000 1500 2000 2500 3000

Pressure, psia

Vi
sc

os
ity

, c
P

Exp
Model

Figure 7.12  Results of New Lindeloff Model for Data Set B 
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Figure 7.13  Results of New Lindeloff Model for Data Set D (D1, D2, and D3) with 
Corresponding Saturated Viscosities 

New Lindeloff Model (Set D2)

0
5

10
15
20
25
30
35
40
45
50

0 50 100 150 200 250 300

Pressure, psia

V
is

co
si

ty
, c

P

Exp
Model

New Lindeloff Model (Set D1)

0

20

40

60

80

100

120

0 50 100 150 200 250 300

Pressure, psia

Vi
sc

os
ity

, c
P

Exp
Model



150

Figure 7.13 (continued)  Results of New Lindeloff Model for Data Set D (D1, D2, and 
D3) with Corresponding Saturated Viscosities 
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Figure 7.13 (continued)  Results of New Lindeloff Model for Data Set D (D1, D2, and 
D3) with Corresponding Saturated Viscosities 
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Figure 7.14  Results of New Lindeloff Model for Data Set E (E1 only) with 
Corresponding Saturated Viscosities 

New Lindeloff Model (Set E1)

0
5

10
15
20
25
30
35
40

0 500 1000 1500 2000 2500 3000

Pressure, psia

Vi
sc

os
ity

, c
P

Exp
Model

New Lindeloff Model (Set E1)

0
5

10
15
20
25
30
35
40

0 200 400 600 800 1000

Pressure, psia

Vi
sc

os
ity

, c
P

Exp
Model



153

New Lindeloff Model (Set F)
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Figure 7.15  Results of New Lindeloff Model for Data Set F

New Lindeloff Model (Set G)
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Figure 7.16  Results of New Lindeloff Model for Data Set G 
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New Lindeloff Model (Set H)
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Figure 7.17  Results of New Lindeloff Model for Data Set H 

Data 
Set T, oF 

Region I Region II Region III m, 
psia-1 

%
AAD1.5 0.5 1.5 0.5 1.5 0.5

A 130 2.25 0.18 2.17 0.39 1.78 -0.71 0.0128 3.59 
B 171 1.59 0.63 1.61 0.61 1.55 0.20 0.0021 0.64 

C1 100 1.96 0.43 2.64 0.05 1.40 0.01 0.0094 0.91 
C2 140 1.99 0.48 3.00 0.03 1.40 0.03 0.0034 1.69 
C3 180 1.95 0.42 2.83 0.04 1.40 0.03 0.0017 1.43 
D1 100 2.02 0.52 1.86 -0.68 1.68 0.14 0.0072 1.66 
D2 140 2.02 0.52 3.00 0.03 1.77 -0.57 0.0036 1.80 
D3 180 2.10 0.63 3.00 0.05 1.74 -0.41 0.0017 2.56 
E1 80 1.77 0.85 1.80 0.94 1.78 0.79 0.0014 0.37 
F 114 1.80 0.80 1.67 0.54 1.62 0.36 0.0299 0.24 
G 84 1.44 0.65 1.44 0.67 1.39 0.22 0.0573 0.79 
H 81 1.65 0.97 1.59 0.87 1.57 0.77 0.0477 0.73 

Table 7.5  Summary of New Lindeloff Model Results for All Data Sets

7.3 Predictive Nature of the New Modified Lindeloff Model

It was already shown that it is very difficult to make the new modified Lindeloff 

model predictive. With the data samples from different geographical locations around the 

world, it is not possible to describe any mathematical relationship between the tuned 

parameters. However, the Data Sets C, D, and E have viscosity data available for three 
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different temperatures. Hence, as far as the temperature effect is concerned, the proposed 

model can be tested in the predictive mode. Data Set E is not considered for present 

analysis for the reasons stated earlier. To demonstrate this, at first, Data Sets C2 and C3 

were simulated with the tuned model parameters for Data Set C1 only. The results are 

represented in the Figures 7.18 and 7.19 respectively. The results show that a 

considerably good match can be achieved. The AADs for these two data sets are 3.93% 

and 2.30%, respectively. As far as Data Set D is concerned, the subsets D1 and D3 are 

simulated with the model parameters for Data Set D2 only. The results are represented in 

Figures 7.20 and 7.21, respectively. 

The AADs for these two data sets are 7.5% and 10.8% respectively. Considering this 

wide range (80°F), both the data sets have responded remarkably in the predictive mode. 

The above results are not completely predictive though. The atmospheric pressure 

viscosity data point in addition to the pressure differential coefficient, m, was also 

assumed to be known for individual data set. Ideally, the atmospheric viscosity can be 

predicted if the dead oil correlation can be tuned specifically for similar oils from one 

particular geographic region. Similarly, a suitable m correlation can be developed for 

these oils if sufficient data are present. Then the model parameters can be tuned to one 

particular data set only and can be subsequently used for the prediction of the viscosities 

of the oils of similar nature. 
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Figure 7.18  Simulation Results for Data Set C2 (and Corresponding Saturated 
Viscosities) with the Tuned Parameters for Data Set C1
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Figure 7.19  Simulation Results for Data Set C3 (and Corresponding Saturated 
Viscosities) with the Tuned Parameters for Data Set C1

New Lindeloff Model (Set C3)
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Figure 7.20 Simulation Results for Data Set D1 (and Corresponding Saturated 
Viscosities) with the Tuned Parameters for Data Set D2
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Figure7.21  Simulation Results for Data Set D3 (and Corresponding Saturated 
Viscosities) 

New Lindeloff Model (Set D3)
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7.4 Strategies for Perfecting the New Modified Lindeloff Model

The new modified Lindeloff model has shown that a very good fit can be achieved. A 

careful observation of the saturated viscosities, however, shows that there is a 

characteristic discontinuity in the otherwise continuous curve. This is represented in 

detail in Figure 7.22 (Data Set D2). The discontinuity is present as a result of the way the 

data were fitted. In the above figure, the data points between C and C’, including point C 

and C’, are used to fit the Region I. While the data points between B and B’ (both 

inclusive) and A and A’ (both inclusive) are used to fit the Region II and Region III, 

respectively. The last data point in the Region III represents the dead oil viscosity at 

reservoir temperature. This independent tuning of different regions results in a 

discontinuous curve. However, this is purely a mathematical inadequacy of the present 

model. The above shortfall of the model can be improved by including both, the bubble 

point viscosity and transition-point viscosity data points for fitting of Region II. It is not 

always possible to get the exact match of these data points. Hence, an average is sought 

between the fitted bubble point viscosity values for the Region II and Region III and the 

fitted transition-point viscosity values for the Region I and Region II respectively. This 

allows a smooth curve. This is demonstrated in Figure 7.23 (Data Set C2). 

The above strategy can be applied to all of the data sets studied.  It must be noted that 

the resultant fitted values for the model parameters also do change with the this 

modification. However, the %AAD value improved from 1.69 to 1.03 for the data set 

concerned.

Another important observation is that the viscosity nature between points B and B’ is 

not a straight line, but concave in shape. For this particular data set, without knowing the 

actual intermediate data points, a straight line was assumed. Since the viscosity model 

almost always returns the curved fit, this explains the significant deviation between the 

experimental results and model predictions for this region. For Data Sets E1 and F, with 

considerable amount of viscosity data for this saturated region, a very good fit can be 

achieved as shown in Figures 7.14 and 7.15, respectively.  
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Figure 7.22  Discontinuous Saturated Viscosity-Pressure Curve 
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Figure 7.23  Results of New Lindeloff Model for Data Set C2 with and without the 
Smooth Curve 

Additionally, for some data sets, it is quite difficult to determine the transition point 

between Region II and Region III with the criterion proposed earlier. It may happen that 

the change in the slope may not be obvious. Nevertheless, it is not necessary to have the 

New Lindeloff Model (Set C2)

0

10

20

30

40

50

60

0 100 200 300 400 500

Pressure, psia

Vi
sc

os
ity

, c
P

Exp
Model

New Lindeloff Model (Set C2)

0

10

20

30

40

50

60

0 100 200 300 400 500

Pressure, psia

Vi
sc

os
ity

, c
P

Exp
Model



163

strict determination of the transition point. If above criterion fails, then the behavior of 

the two-phase formation volume factor, Bt, can be used to determine the transition point. 

Bt significantly increases due to reduction in pressure below the bubble point pressure. At 

lower pressures, Bt shows sudden increase due to the evolution of increasing amounts of 

gas. The pressure at which this sudden change occurs usually coincides with the 

transition point.  

In general, the Region III represents viscosities close to atmospheric pressure. Since 

these very low pressures are generally not encountered in the reservoirs, this region is not 

studied in great depth in literature. However, the viscosity prediction in this region is 

important as far as heavy oil transportation and designing of the surface facilities are 

concerned. Hence, it is imperative that the heavy oil phase behavior needs to be 

understood properly for a successful theoretical determination of the transition point. 
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Chapter 8 RESERVOIR SIMULATION
An equation of state compositional reservoir simulation was conducted to evaluate 

heavy oil recovery from the West Sak reservoir by applying enhanced oil recovery 

techniques. The EOS models were tuned using phase behavior data obtained in this study. 

The following sections describe the reservoir simulation methodology and results. 

8.1 Equation of State Model Tuning

The Peng-Robinson equation of state (PR-EOS) was used for the reservoir simulation 

for the following reasons: 

� The PR-EOS uses a universal critical compressibility factor of 0.307, which is 

closer to the experimental values for heavier hydrocarbons and somewhat 

lower than the Redlich-Kwong value of 0.333. 

� The PR-EOS gives more accurate and satisfactory volumetric predictions for 

vapor and liquid phases when used with volume translation. 

The experimental data used for carrying out the equation of state modeling consisted 

of the following: 

� Compositional analysis of the West Sak oil up to C21+

� Saturation pressure at the reservoir temperature of 80°F  

� Pressure-Volume-Temperature experimental data, mainly differential 

liberation (DL), constant composition expansion (CCE) 

To study how well the data fits the PR-EOS, initial runs were carried out using just 

the compositional data. The shape of the phase envelope was studied along with the 

predicted saturation pressure. When it was found that the predictions were erroneous in 

the absence of tuning, experimental data was used to fit the predicted values by 

regression of EOS parameters. The initial regression runs were carried out using the 

original West Sak oil composition distribution to narrow down the number of EOS 

parameters used for regression. Different EOS parameters were selected and regression 

was carried out until a good match between the experimental data and the values 

predicted by WinProp was obtained. Careful attention was paid to the number of data 

points used in the tuning. Too many data points would add to the complexity of 

regression and the flexibility of the EOS parameters. Too few data points would not give 

good predictions. Likewise, oil viscosity, liquid volume %, and relative volume were 
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selected as the experimental data set because it difficult to get a good match of these data 

points. The main objective during such runs was obtaining a good match of saturation 

pressure values, oil viscosities, and oil densities. However, the predictions of other PVT 

properties were maintained within a reasonable range. Apart from changing the 

combination of EOS parameters selected for regression, different property correlations 

and the effect of inclusion of binary interaction parameters (BIP) on the EOS predictions 

were also studied. The percent deviation in the values of the EOS parameters used for 

tuning was maintained within a permissible range defined by the parameter itself and the 

regression model. 

Once a good match between the experimental values and EOS predictions was 

obtained, lumping was carried out to reduce the number of components. Lumping reduces 

the time required for reservoir simulation. Different lumping schemes were used and the 

results were studied. The main aim was to reduce the number of components without 

compromising on the accuracy of EOS predictions. A step by step procedure adopted for 

the EOS model development is given by Moyre (2007). 

The same procedure used for a characterized oil sample was adopted to tune the EOS 

for the lumped sample. Finally, a tuned EOS with the lumped sample was developed and 

used for West Sak reservoir simulation purposes.  

8.2 Reservoir Simulation

After developing the model for the EOS, the next task was to study the potential of 

the West Sak reservoir for enhanced oil recovery (EOR) using gas injection. As West Sak

is a very large reservoir, for simulation purposes a 40-acre area was chosen. Initially a 

comparative study was performed for different gases to be used as the injectant for 

enhanced oil recovery. A vertical 5-spot injection pattern was selected with the four 

injectors at the four corners and a producer well at the center. The project life was 25 

years, from Jan 2006 to Dec 2030. After performing a detailed analysis for this vertical 

injection pattern, the gas with the best performance was selected for study of its 

effectiveness in a horizontal well pattern case.

CMG’s GEM, a reservoir simulation application, was used for the study. GEM 

provides features such as the building of grid blocks to define the reservoir and its 

properties (porosity, permeability, sand layer thickness, depth, water saturation, relative 

permeability). Operating conditions such as the temperature and pressure can also be 
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defined. Reservoir performance can be analyzed under various operating parameters such 

as the well bottom-hole pressure and production rates of oil and gas. 

8.2.1 Model Development

To define the reservoir, a three-dimensional Cartesian coordinate system was used for 

the study. Accordingly, I, J, and K defined the three directional axes; I and J axes 

perpendicular to each other and in the same plane, and K axis was perpendicular to the IJ 

plane. The West Sak reservoir was defined to have five producing layers with definite 

porosity and permeability values, with alternate shale layers embedded in between the 

sand layers. The shale layer was considered to be impermeable with zero porosity. The 

entire reservoir was built in the form of grid blocks in all the three directions. 

Accordingly, for a 40-acre area, there were 25 grid blocks each in the I and J direction 

and 9 such planes of grid blocks in the K direction making a total of 5625 grid blocks for 

the entire reservoir. A pictorial view of the reservoir configuration with marked locations 

of producer and injectors is shown in Figure 8.1. The reservoir properties are listed in 

Table 8.1. Relative permeability data required for the reservoir model was taken from 

Bakshi (1991). 

Figure 8.1  West Sak Reservoir Model View 
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Layer No. Sand Interval 
(ft)

Avg. 
Porosity

(%)

Avg. water
saturation,

(%)

Net pay
(ft)

9-topmost Upper 1 3544-3584 30 24 30

7 Upper 2 3614-3640 31 31 21

5 Lower 1 3660-3686 23 45 3

3 Lower 2 3695-3760 25 47 3

1-bottommost Lower3 3776-3814 27 41 17

Table 8.1  West Sak Reservoir Properties (Bakshi, 1991) 

8.2.2 Enhanced Oil Recovery

After building the reservoir model, reservoir simulation studies of enhanced oil 

recovery for the West Sak reservoir using gas injection were performed. The first task 

was the selection of gases to be used as injectant in the study. Since this was intended to 

be a comparative study, gases covering a wide spectrum of compositional variations were 

considered. The basic requirement for such a selection was the availability of the gases 

on the Alaska North Slope (ANS). Patil (2006) has proposed geologic sequestration of 

CO2 as an option to control its emissions on the ANS. This sequestered CO2 can be 

utilized as an injectant in EOR. Sharma et al. (1988) estimated the Prudhoe Bay field to 

contain approximately 29 trillion cubic feet of natural gas, composed mainly of methane. 

Such a large reservoir of gas can definitely serve as the source gas in any gas injection 

scheme. Miscible Injectant 1 (MI 1), Miscible Injectant 8 (MI 8), and West Sak Viscosity 

Reducing Injectant (VRI) are the gases currently used as injectant gases by BP 

Exploration (Alaska) Inc. (BPXA) on the ANS under various EOR schemes. All these 

gases were employed for EOR after careful study of the reservoir and the conditions 

present. West Sak VRI is one such gas designed by BPXA for the West Sak reservoir. 

VRI simply stands for viscosity reducing injectant and is manufactured by mixing heavy 

components with the produced gas which is generally lean on the ANS. Some amount of 

CO2 stripping is required to achieve miscibility conditions. MI 8 was another such gas 

used on the ANS. It is an extremely rich gas stripped completely of the heavier fractions 

(C7+) and CO2. It has 42% of intermediates mainly rich in C3 and C4. MI 1 is a very lean 
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gas having almost 95% of methane. Figure 8.2 shows a comparison of the compositional 

variation of the injection gases selected for the present study.

Figure 8.2  Component Distribution Comparison for the Gas Injectants  

Having carefully selected the gases for the EOR study, the next step was designing 

the project. Project life was chosen to be for 25 years. Necessary pore volume (PV) 

calculations were done and it was decided to use 10%, 20%, 30%, 40%, and 50% as 

injection PV for different runs. Reservoir operating parameters are of prime importance 

in any reservoir simulation model. Due consideration to the integrity of these parameters 

should be given while making this selection. An obvious choice was to select bottom-

hole pressure and production rate as the operating parameters. The values of these 

parameters were fixed after giving due considerations to all the constraints. Some of these 

considerations were reservoir pressure, reservoir fracture pressure, drawdown, and daily 

production rates. Accordingly, bottom-hole pressure was set at 1,400 psi and the 

production rate at 500 bbl/day. These operating parameters were kept fixed for all the 

gases and all the PV runs to make a uniform comparison. Gas injection pressure for the 

injector well was determined by the reservoir fracture pressure constraint and was set at a 

value of 3,000 psi. Gas injection rates are determined depending upon the PV of gas 

being injected. A vertical 5-spot injection pattern was chosen as shown in Figure 8.3. 
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Figure 8.3  Top View of the Reservoir Model Showing the Location of Producer and 
Injector Wells for a 5-spot Injection Pattern

To compare the potential of different gases as an EOR agents, we compared the 

production profiles for the entire life of the project for all the gases at different PVs. A 

simplistic comparison would be to just compare the cumulative recovery calculated in 

terms of original oil in place for all individual cases. 

Plots of percentage pore volume of gas injected versus production rate were drawn to 

study the results. For the purpose of the comparative analysis of the performance of 

various gases, percentage pore volume of gas injected versus cumulative recovery was 

plotted.  

After careful evaluation of results for a vertical five-spot injection pattern, simulation 

runs were conducted to study the performance of the West Sak reservoir for a horizontal 

producer with a horizontal injector case. Accordingly, two producers and two injectors 

were placed alternately (Figures 8.4 and 8.5). Only three producing layers out of a total of 

five were perforated because the remaining two layers were too thin to drill a horizontal 

well. The gas, MI 8, that performed the best in the case of vertical five-spot injection 

pattern was chosen as the injectant gas for the horizontal case. The same scheme of 

injection runs was employed for the horizontal case. Likewise, 10%, 20%, 30%, and 40% 
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PV injection runs were carried out. Reservoir operating parameters were optimized. It 

was found that using a bottom-hole pressure of 1,400 psi, which was used for the vertical 

injection case, the gas breaks through very quickly. It was inferred that in the case of the 

horizontal injector, since the gas has a much larger space to expand, it expands quickly. 

Hence the drawdown of 300 psi is too large for this case. After numerous runs, the well 

bottom-hole pressure was optimized at 1,650 psi. Conditions for the injector wells were 

maintained at 3,000 psi of injection pressure. Similar plots as those made for the vertical 

well case were made for horizontal injection to study the behavior. Accordingly, 

cumulative oil produced was plotted against time. 

Figure 8.4:  Three-dimensional Pictorial Representation of West Sak Reservoir with 
Alternate Horizontal and Producer Wells
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Figure 8.5  Top View of the Reservoir Model with the Producers and Injectors 

8.3 Asphaltene Deposition Modeling

Asphaltene deposition is great concern during enhanced oil recovery operations like 

CO2 flooding. CO2 can cause the asphaltene to deposit and reduce the original 

permeability of the reservoir rock. The main focus of this study is to analyze the change 

in recovery caused by asphaltene deposition in a reservoir simulation model of the West 

Sak reservoir from the ANS.  

For this study a reservoir model of the West Sak reservoir was made using the 

Computer Modeling Group (CMG) STARS software. This model is based on a previous 

CMG GEM model (Morye, 2007) of the West Sak reservoir. This model was checked for 

accuracy by comparing the oil recovery values obtained by this model with those 

obtained by the GEM model. After a satisfactory match was obtained with between the 

two models, the STARS model was modified to account for the effects of asphaltene 

deposition. A sensitivity analysis was then carried out to understand the effect of 

asphaltene deposition under different flooding rates. 
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8.3.1 West Sak Reservoir Model: 

A model of the West Sak reservoir was made in CMG builder using the existing 

CMG GEM model (Morye, 2007) as reference. The following properties were used in 

designing the reservoir model. The reservoir model is comprised of nine horizontal layers 

starting from layer 1 (bottom layer) to layer 9 (topmost).Average porosity, permeability, 

and other values for each of the layer were input in the model. A fluid model for the 

STARS model was obtained by modifying the GEM fluid model (Table 8.2). This fluid 

model was then imported into the STARS simulator. The oil recovery obtained from the 

simulation of the new STARS model was then compared with the GEM model to confirm 

the new model had all the required data. 

Table 8.2  West Sak Reservoir Properties (Bakshi, 1992) 



173

Figure 8.6  West Sak Reservoir Model 3D Views (CMG STARS) 

A comparison of the two models shows a very good match in terms of the ultimate 

recovery obtained as well as the production rate. The graph below shows the production 

profile during simulation with 10% pore volume CO2 injection using CMG STARS (red 

curve) and CMG GEM (blue curve). A good match is indicated since during most of the 

production period there was less than 10 bbl/day difference between the oil rates 

calculated by the STARS and the GEM simulators.
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Figure 8.7  Oil Rate Comparison at 10% Pore Volume CO2 Injection

After a satisfactory match between the STARS and the GEM model results, the 

STARS model was modified to take into account the effects of asphaltene deposition. 

This was done by introduction of an asphaltene deposition reaction, introduction of a 

blockage factor, and splitting the C7+ fraction.

� An asphaltene deposition reaction was introduced in the model and tuned to 

remove any mass balance errors. This reaction helps the simulator in 

calculating the amount of asphaltene deposited due to CO2 injection.  

� A blockage factor was then introduced to model the reduction in permeability 

due to asphaltene deposition; this blockage factor was based on the example 

provided in CMG STARS.

� To correctly model asphaltene deposition the C7+ component was split into 2 

identical components C7+A and C7+B.

8.3.2 Sensitivity Analysis

Once the model was ready, a sensitivity analysis was performed to understand the 

effects of asphaltene deposition. This was done by running the simulator using different 

injection rates and different ratios of the C7+A and C7+B fractions. The results were 
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analyzed by comparing curves of cumulative oil produced versus the time over 9,000 

days at different injection rates and C7+ fraction split ratios.
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Figure 8.8  Effects of Asphaltene Deposition at 10% PV CO2 Injection

Figure 8.9  Effects of Asphaltene Deposition at 50% PV CO2 Injection

8.4 EOS Tuning Results

8.4.1 Equation of State Performance

The performance of the untuned equation of state in predicting the phase envelope 

and the saturation pressure of the West Sak oil is shown in Figure 8.6. 
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Figure 8.10  Phase Envelope Generated by the Untuned EOS 

The saturation pressure value for the West Sak oil predicted by the untuned equation 

of state was 2,783.869 psia at the reservoir temperature of 80°F. The experimental value 

was 1,704 psia. The percentage difference in the two values was 63.37%, indicating a 

significant error in the prediction of saturation pressure. The phase envelope (Figure 8.6) 

is also indicative of the erroneous predictions of the untuned EOS.  

The EOS was then tuned using CMG WinProp. The tuning process improved the 

prediction of saturation pressure value and the value obtained was 1,702 psia which was 

much closer to the experimental value of 1704 psia. The improvement in the phase 

behavior predictions can be seen from the phase envelope generated by the tuned EOS 

(Figure 8.7).
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Figure 8.11  Phase Envelope after Tuning the EOS

8.4.2 Regression Scheme

The C21+ fraction was split first to C45+ using the gamma probability distribution 

function as the splitting model. The critical properties of the components after splitting 

were calculated using the Twu correlation. Lumping of components was then performed. 

Accordingly, components heavier than C7 were lumped together into a single component 

fraction as C7+. This plus fraction had components from C7 to C21+. Lumping was done to 

reduce the simulation time in the reservoir simulator. The component compositions and 

properties after lumping are given below in Table 8.2. 
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Components Composition Pc atm Tc Acentric 
Factor Mol. Wt. 

C02 0.0001597 72.8 304.2 0.225 44.01

N2 0.0003194 33.5 126.2 0.04 28.013

C1 0.3826031 45.4 190.6 0.008 16.043

C2 0.0085537 48.2 305.4 0.098 30.07

C3 0.0035832 41.9 369.8 0.152 44.097

NC4 0.0017866 37.5 425.2 0.193 58.124

NC4 0.0006388 33.3 469.6 0.251 72.151

FC6 0.0019962 32.46 507.5 0.275 86

C7+ 0.6003593 12.269 889.54 0.961 368.85

Table 8.3  Composition and Physical Property Data for the Lumped Components 

This lumped data series was used for further tuning of the EOS. For the purpose of 

tuning, several experimental data points were selected and given a weight. This weight 

scheme acts as the guideline for the regression model signifying the importance of that 

particular data point. The more a particular data point was weighted, the more forcibly 

the model tried to fit it. Since the top most priority of any tuning scheme is first achieving 

a very good match of the saturation pressure, it is always weighted the most. But in this 

case, the liquid density was found to be very difficult to match and was therefore 

weighted the most The experimental data points selected and their weights are tabulated 

in Table 8.4. 

Data Point Weight 
Saturation Pressure 30
Liquid Density 50
Oil Specific Gravity SG 50
Relative Oil Volume 1
Liquid Volume % 1

Table 8.4  Weight Distribution for EOS Parameters 

The next task was to select the regression parameters. The following parameters were 

finally selected.
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1. Critical Pressure of C7+ (PC) 

2. Critical Temperature of C7+ (TC) 

3. Acentric Factor of C7+ (AF)

4. Volume Shift (SH)

5. Coefficients of Pedersen’s corresponding states viscosity model 

a. MW mixing rule coefficient (MU1)

b. MW mixing rule exponent (MU2) 

c. Coupling factor correlation coefficient (MU3) 

d. Coupling factor correlation density exponent (MU4) 

e. Coupling factor correlation MW exponent (MU5) 

The percentile changes in the values of these parameters during regression are given 

below in Table 8.5. 

Variable Initial Value Final Value % Change

PC 12.269 12.1 -1.37 

TC 889.54 823.04 -7.48 

AF 0.961 0.63607 -33.81 

SH 0.11515 0.16844 46.29

MU1 0.00013 0.00016 22.7

MU2 2.303 2.4263 5.35

MU3 0.00738 0.00885 20

MU4 1.847 1.4776 -20 

MU5 0.5173 0.55698 7.67

Table 8.5  Percentage Changes in Values of EOS Parameters Selected for Regression

The performance of tuned and untuned EOS in matching different PVT properties 

like the oil viscosity, relative volume, and liquid volume %, is ascertained with the help 
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of composite plots showing direct comparisons between the values before and after 

regression. The following plots (Figures 8.8-8.10) show such comparisons, clearly 

indicating a better match of the experimental values by the EOS after tuning. It is seen 

that the values obtained after regression (tuned EOS) exactly matches with the 

experimental values. In the absence of any tuning, it is seen that values before regression 

(untuned EOS) do not match with the experimental values. EOS predicted values at 

higher and lower pressures show a good match with the experimental values. The values 

at moderate pressures (1,000 psia to 2,000 psia) show much deviation from the 

experimental values. Since these pressures fall within our current operating range, they 

should be matched accurately.

Figure 8.12  Regression Summary for Relative Volume 
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Figure 8.13  Regression Summary for Liquid Volume % 

Figure 8.14  Regression Summary for Oil Viscosity 

After successfully tuning the EOS, the consistency of the tuned EOS was verified. 

This was done by comparing the predicted values of the tuned EOS with the experimental 
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data not used for tuning purposes. Gas formation volume factor (FVF), deviation factor z, 

and solution gas/oil ratio (GOR) were experimental data sets not used in the tuning 

operation. The success of the tuned EOS will depend upon how well it predicts the values 

of these properties. Figures 8.15-8.17 show the comparisons between the experimental 

data set and tuned EOS. There is a good match between the EOS predicted values and 

experimental values.

Figure 8.15  Experimental and EOS Predicted Values for Gas FVF 
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Figure 8.16  Experimental and EOS Predicted Values for Deviation Factor z 

Figure 8.17:  Experimental and EOS Predicted Values for Solution GOR 



184

8.5 Reservoir Simulation Results

8.5.1 Vertical Five-spot Injection Pattern

Reservoir simulation to study the potential of EOR using gas injection was carried out 

next. Accordingly, 10%, 20,%, 30%, 40%, and 50% PV injection runs for all the injection 

gases were performed. To make a comparative analysis, composite plots of cumulative 

oil produced and cumulative recovery obtained versus time were plotted for different PV 

injection runs and for all injection gases used in the study. MI 8, a rich gas, showed the 

best performance in terms of percentage recovery achieved at breakthrough (Figure 8.18). 

The onset of breakthrough can be determined by observing the cumulative recovery plot. 

It is observed that breakthrough is delayed for lower PV injections of the injectant. 

Hence, for a 50% PV injection the breakthrough occurred after 11.5 years and for a 20% 

PV injection it occurred after 21.5 years. Thus, a decreasing trend is observed in the 

occurrence of breakthrough with an increase in PV of gas being injected. But the 

cumulative oil recoveries shows a positive trend, increasing with the increase in PV of 

gas being injected. The recoveries achieved with MI 8 are as high as 44% for a 50% PV 

injection run (Figure 8.18). Daily production plots for rich gas injection are also plotted 

in Figure 8.19. Using these plots we studied the production profile along the life of 

project and found the production rate increases until breakthrough and decreases after 

breakthrough, typical for any injection case. The fluctuations observed in these plots 

should not be confused with phenomenon of viscous fingering or phase trapping. These 

fluctuations simply indicate the numerical instability of the model. The model tries to 

satisfy two operating constraints (bottom-hole pressure and production rate) and when it 

reaches the limit of one of the operating constraints it switches to the other, resulting in 

numerical instability. 

Figure 8.20 shows that we have a single curve representing all PV injection runs 

when oil recoveries are plotted versus time in dimensionless form. This is expected 

because a higher total volume of gas injection would result in higher oil recovery. 
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Figure 8.18  Composite Cumulative Oil Recovery Plot for Rich Gas Injection

Figure 8.19  Composite Oil Production Plot for Rich Gas Injection
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Figure 8.20  Dimensionless Recovery Plot for Rich Gas Injection 

The change in the oil saturations in the reservoir over the period of time can also be 

monitored (Figures 8.21 through 8.23). However, it is not practical to observe the 

phenomenon of viscous fingering in these profiles. This is because the size of the grid 

block is much larger than the length or width of the viscous finger. Viscous fingering 

usually takes place when a lighter phase displaces a much heavier phase. To observe 

viscous fingering, we would have to select a much finer grid size. (UAF has license for 

just 10,000 grid blocks and the grid block sizing for the study was selected keeping this 

limitation in mind) 
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Figure 8.21  Oil Saturation Profile at Time t=0 Years
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Figure 8.22  Oil Saturation Profile at Time t=12 Years  
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Figure 8.23  Oil Saturation Profile at Time t=25 Years

Figure 8.24 shows that CO2, as an injection gas, has a much earlier breakthrough than 

the rich gas injection case. For a 10% PV injection run, we don’t see a clear breakthrough 

point. For a 20% PV injection run, breakthrough occurs around 12 years. For a 50% PV 

injection run breakthrough is achieved around 7.5 years. The cumulative recovery for a 

20% PV injection run at breakthrough is 14.8% while the ultimate recovery for the entire 

project life is 18.75% (Figure 8.24). Thus we see that there is a slight increase in recovery 

even after breakthrough is achieved.  
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Figure 8.24  Composite Cumulative Oil Recovery Plot for CO2 Injection

For lean gas injection, we experience very early breakthrough (Figure 8.25). Thus, for 

a 10% PV injection run breakthrough is achieved in less than 7 years. The cumulative 

recoveries are far less when compared to the rich gas injection case. For a 50% PV 

injection run, ultimate recovery is just 14.9%. Also, not much oil is recovered after 

breakthrough. 

Figure 8.25  Composite Cumulative Oil Recovery Plot for Lean Gas Injection 

For the PBG injection case (Figure 8.26), we see a substantial amount of oil is 

recovered after breakthrough is achieved. Thus for a 50% PV injection run, we see that 
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the cumulative oil recovery at breakthrough is 17.5% while the ultimate recovery is 

25.5%, indicating that a substantial amount of oil is recovered even after breakthrough. 

Figure 8.26  Composite Cumulative Oil Recovery Plot for PBG Injection 

In the West Sak VRI injection case (Figure 8.27), a substantial amount of oil is 

recovered after breakthrough is achieved. Thus for a 50% PV injection run, the 

cumulative oil recovery at breakthrough is 17.5% and the ultimate oil recovery is 28.3%. 

Even though the recoveries at breakthrough for PBG and West Sak VRI are the same, in 

the case of the West Sak VRI injection slightly more oil is recovered when compared to 

the PBG injection case.
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Figure 8.27  Composite Cumulative Oil Recovery Plot for West Sak VRI Injection 

Figure 8.28 is a composite oil recovery plot of all the injection gases for a 30% PV 

injection run. For the rich gas injection case, we experience a much delayed breakthrough 

when compared to the other injection gases. Also the cumulative oil produced is much 

greater for the rich gas injection when compared to other gases. It is seen that curves for 

different gases are represented by a single curve until breakthrough, and it branches out 

after breakthrough for the respective gas. This kind of behavior is expected for any gas 

injection scheme and hence it verifies the authenticity of the simulation model.
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Figure 8.28  Composite Cumulative Recovery Plot for all Injection Gases for 30% PV 
Injection

Figure 8.29 shows a direct comparison for all the injection gases in terms of ultimate 

recoveries obtained. The ultimate recoveries of CO2, West Sak VRI, and PBG fall in the 

same range. A much superior recovery performance for rich gas injection is seen.

Figure 8.29  Comparison of Ultimate Recoveries Obtained for all Injection Gases 
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8.5.2 Horizontal Injection Pattern 

The performance of the reservoir with horizontal well injection was analyzed the 

same way as the vertical injector case. Accordingly, cumulative production of oil and 

cumulative oil recovery versus time for 10%, 20%, 30%, 40%, and 50% PV rich gas 

injection were studied. A sample recovery plot for 30% PV injection is shown in Figure 

8.30. Cumulative recovery increases with the increase in PV of gas being injected. 

Recoveries obtained for the respective PV are also plotted. A horizontal well is found to 

have a little less recovery than a vertical well for a particular PV of gas being injected 

(Figures 8.31 and 8.32). This is mainly because the horizontal well acts as a line drive as 

the producing layer is represented by only one grid block in the vertical or z-direction. 

Figure 8.30  Cumulative Oil Produced and Cumulative Recovery Obtained for 30% PV 
Rich Gas Injection
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Figure 8.31: Comparison of Performance between Horizontal and Vertical Injection for a 
40% PV Rich Gas Injection 

Figure 8.32  Comparison of Ultimate Recoveries for Horizontal and Vertical Injection for 
Rich Gas Injection
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Chapter 9 CONCLUSIONS
A comprehensive research program was undertaken to study the phase behavior and 

fluid properties of viscous oils from the Alaska North Slope. Phase behavior of heavy oil 

samples from ANS was studied experimentally and through EOS modeling. 

Compositional and semi-empirical viscosity models were evaluated for predicting 

viscosity of medium-heavy (viscous) oils. Modifications were made to the Lindeloff 

model to improve its predictive capabilities for viscous oils. A compositional reservoir 

simulation study using tuned EOS was performed to evaluate various EOR scenarios for 

ANS viscous oil from the West Sak reservoir. A simulation study to analyze the effects of 

asphaltene deposition was also conducted as a part of this study. The following 

conclusions were drawn from this study. 

1. Validity of simulated distillation by gas chromatography for compositional 

analysis has been demonstrated by application to heavy oils of ANS.  

2. An integrated set up of PVT system, online densitometer and viscometer was 

successfully designed and used for experimental study on phase behavior and 

fluid property measurements of ANS viscous oils. 

3. Profiles of viscosity and density measurements during differential depletion 

are in agreement with the proposed ones in theory. Above the bubble point, 

pressure effect dominates so both viscosity and density of the oil decrease 

with decrease in pressure. However, below the bubble point, compositional 

effect dominates and density and viscosity increase as pressure decreases.

4. The experimental procedure developed to measure IFT closely matches the 

continuous interactions between the injected gas and crude oil occurring in the 

reservoir. The equilibrium time allowed in the VIT technique simulates the 

gas and reservoir oil to continuously interact and attain equilibrium. 

5. The dominance of the condensing drive mechanism for obtaining miscibility 

with CO2 injections can be attributed to the least interactions of CO2 with 

reservoir fluid to extract C2-C5 components from the reservoir fluid. The 

multiple contact mechanism leads to the enrichment of reservoir oil with 

intermediate molecular weight hydrocarbons until it becomes miscible with 

the injected gas. However, in some cases the vaporization drive was also seen 

to be dominant. 
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6. In the case of VRI injections, light intermediate hydrocarbons condense from 

the fresh injection gas into the oil, thus making it lighter. During the same 

time, middle intermediate hydrocarbons from the oil are stripped by the 

injection gas. Since none of these components are present in the injection gas 

they cannot be replenished back into the oil.  

7. CH4 is sparingly soluble in the reservoir oil at low pressures. Methane gas 

extracts the intermediate hydrocarbons from the reservoir oil until a sufficient 

quantity of these hydrocarbons exists at the displacement front to cause the oil 

to be miscibly displaced (frontal displacement). The miscibility stops at this 

point due to dispersion mechanism. When the miscibility doesn’t exist, the 

extraction or vaporization mechanism again occurs to re-establish miscibility.

8. The amount of components extracted by the injection gases from the reservoir 

oils depends on the volumetric ratio between the oil and the gas. Results 

obtained from MCM simulations showed that MMP was lower for higher 

injection gas to reservoir oil ratios.

9. The PR-EOS was successfully tuned to experimental data from constant 

composition expansion and differential liberation. A satisfactory match was 

obtained with PR-EOS for experimental saturation pressure, gas oil ratio, and 

liquid density. However predictions of formation volume factor were 

particularly devious on either sides of the bubble point pressure. 

10. The PR-EOS was successfully tuned to experimental data from IFT 

measurements. A satisfactory match was obtained with PR-EOS for 

experimental saturation pressure, gas oil ratio, liquid density, and MMP. 

11. The correlations used to measure MMP were based on parameters, 

components which may or may not be present in the gas-oil systems used 

here. Hence, there was a vast deviation between experimental results and 

those obtained by correlations. 

12. The MMP measurements obtained by MCM simulations prove that the results 

obtained by the pendant drop technique are accurate and reliable. These 

results show that the VIT technique is a fast and cost effective method for 

measuring gas/oil IFT, requiring small gas and oil samples.

13. The VIT method is not applicable for measuring very low IFT values. As 

miscibility or the critical point between fluid/fluid phases is approached, due 
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to rapid diffusion of drops into the surrounding gas, it is difficult to measure 

the drop shape factor accurately.

14. Viscosity of dead ANS crude oils showed an exponential relationship with 

pressure. An exponent of this behavior was correlated with molecular weight 

and temperature and a correlation was developed for predicting viscosities of 

dead ANS crude oil under pressure and temperature conditions. 

15. All LBC class viscosity models highly underpredict the medium-heavy oil 

viscosities. Most of these models show discrepancy for saturated viscosities of 

medium-heavy oils: the viscosities decrease with reduction in pressure. 

Tuning of the model coefficients is not a good idea considering the 

mathematical form of these models.

16. For the Pedersen class models, only the original Pedersen model seems to be 

robust. This model can be tuned to characterize medium-heavy oil viscosities. 

However, for most of the medium-heavy oil samples considered in this study, 

the equivalent temperatures (To) are approximately 35-55 K. This is outside 

the correlation limits of the Pedersen class models (65 K).  

17. For the two-reference component viscosity models (Pedersen class), viz. the 

Aasberg-Petersen model (Aasberg-Petersen at al., 1991) and the Moharam 

model (Moharam and Fahim, 1995), the undersaturated viscosities decrease 

with increase in pressure. Accurate density and viscosity correlations need to 

be developed for the reference components to avoid this anomaly. However, 

the incremental benefit will not be enough to justify these efforts when 

compared to the original Pedersen model. Hence there is a need for a 

completely new viscosity model.

18. Of the new generation viscosity models, the one proposed by Lindeloff et al. 

(2004) is a simple yet powerful model. This model was upgraded in this study 

for better prediction of medium-heavy oil viscosities including the low-

pressure saturated region viscosities. The new changes have significantly 

improved the model predictions for medium-heavy oils.

19. Due to the geographic diversity of the data used, it is not possible to make a 

universal predictive model. However, based on the compiled data, the ranges 

for different model parameters are stated to reduce the ambiguity. For three 

data sets, the viscosity data was available for three different temperatures. 
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Considering a wide temperature range of 80°F, the new model predicted the 

temperature effect reasonably well.

20. The new modified Lindeloff model can be tuned to the oils from one 

particular region, albeit after developing necessary correlations for the dead 

oil viscosity and the pressure differential coefficient m. This tuned model can 

then be used for predicting viscosities of the oils from the same geographical 

region. 

21. The PR-EOS was successfully tuned to predict West Sak viscous oil 

properties. Validity of the tuned EOS was substantiated by the strong 

agreement of the tuned EOS predicted values with the experimental values. 

22. Enhanced oil recovery using gas injection for production of the viscous West 

Sak oil was explored using commercial reservoir simulation software. It was 

found that substantial increase in oil recoveries can be accomplished with the 

proper selection of an injectant gas and reservoir operating conditions.  

23. Oil recoveries for a rich gas injection were as high as 44% for a 50% PV 

injection, indicating that it might be achieving miscible flow. The recoveries 

for an immiscible lean gas injection were extremely low. 

24. The reservoir model built had limitations in the form of the number of grid 

blocks that can be selected. Due to this, the vertical 5-spot injection pattern 

yielded slightly better recoveries as compared to the horizontal injection 

scheme used in the study. The main reason for this was that the horizontal 

well was essentially acting as a line drive and a 5-spot pattern always 

performs better than a line drive.  

25. Asphaltene deposition does not show an appreciable effect on the cumulative 

recovery at 10% PV CO2 injection (Figure 8.8). 

26. At 50% PV CO2 injection (Figure 8.9) the effects of blockage caused by 

asphaltene deposition are observed. 

27. An initial increase in oil production is seen with an increase in the C7+B

fraction. Gas Mass Density distribution data in the reservoir seem to indicate 

an increase in the sweep efficiency with asphaltene deposition.
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Chapter 11 NOMENCLATURE

Notation Description Commonly 
Employed Units 

Symbols

a, b Andrade equation constants -
A, B, C Dandekar model parameters -
a1 to a5 LBC model parameters -

b1, b2 ASTM equation constants -
m

K

Coefficient of the pressure differential for the linear 
and/or exponential viscosity-pressure relationship 
Response factor for thermo gas chromatograph

psia-1

MW Molecular weight lbm/lbmole
N Number of data points -
P Pressure psia, psig
T Temperature oF, oR
V Volume ft3

w Weight factor -
x Array of elements -
z Mole fraction -

Greek Symbols

� Pedersen model parameter -
������� Xu-Khurana model parameters -

 Binary interaction parameter -
� Viscosity cP
� Critical viscosity parameter 1/cP
� Density lbm/ft3

Subscripts

b Bubble point condition
c Critical condition
d Dead oil
i, j Component i and j
mix Mixture property
n Number-averaged
o Reference condition
r Reduced conditions
w Weight-averaged
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AAD Average Absolute Deviation
ANS Alaska North Slope
API American Petroleum Institute
ASTM American Society for Testing and Materials
BIP Binary Interaction Parameters
CCE Constant Composition Expansion
CMG Computer Modeling Group Ltd.
DL Differential Liberation
EOR Enhanced Oil Recovery
EOS Equation-of-State
LBC Lohrenz-Bray-Clark
MF Multiplying Factor
MW Molecular Weight
OOIP Original Oil In Place
PR Peng-Robinson EOS
PVT Pressure-Volume-Temperature
ROV Relative Oil Volume
SPE Society of Petroleum Engineers
STB Stock Tank Barrel
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ABSTRACT 

A large proportion of Alaska North Slope (ANS) oil exists in the form of viscous deposits, 

which cannot be produced entirely using conventional methods. Microbially enhanced oil 

recovery (MEOR) is a promising approach for improving oil recovery for viscous deposits. 

MEOR can be achieved using either ex situ approaches such as flooding with microbial 

biosurfactants or injection of exogenous surfactant-producing microbes into the reservoir, or 

by in situ approaches such as biostimulation of indigenous surfactant-producing microbes in 

the oil. Experimental work was performed to analyze the potential application of MEOR to 

the ANS oil fields through both ex situ and in situ approaches.

A microbial formulation containing a known biosurfactant-producing strain of Bacillus

licheniformis was developed in order to simulate MEOR. Coreflooding experiments were 

performed to simulate MEOR and quantify the incremental oil recovery. Properties like 

viscosity, density, and chemical composition of oil were monitored to propose a mechanism 

for oil recovery. The microbial formulation significantly increased incremental oil recovery, 

and molecular biological analyses indicated that the strain survived during the shut-in period. 

The indigenous microflora of ANS heavy oils was investigated to characterize the microbial 

communities and test for surfactant producers that are potentially useful for biostimulation. 

Bacteria that reduce the surface tension of aqueous media were isolated from one of the five 

ANS oils (Milne Point) and from rock oiled by the Exxon Valdez oil spill (EVOS), and may 

prove valuable for ex situ MEOR strategies. The total bacterial community composition of 

the six different oils was evaluated using molecular genetic tools, which revealed that each 

oil tested possessed a unique fingerprint indicating a diverse bacterial community and varied 

assemblages.  

Collectively we have demonstrated that there is potential for in situ and ex situ MEOR of 

ANS oils. Future work should focus on lab and field-scale testing of ex situ MEOR using 

Bacillus licheniformis as well as the biosurfactant-producing strains we have newly isolated 

from the Milne Point reservoir and the EVOS environment. 
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CHAPTER 1: INTRODUCTION 

1.1 Overview of the Alaska North Slope 

According to the Energy Information Administration Office of Oil and Gas (May 2001), the 

Alaska North Slope (ANS) is the source of approximately 15% of oil production in the 

United States. It also contains the largest estimated volume of undiscovered petroleum 

reserves of any domestic onshore sedimentary basin. Thus, the ANS oil fields offer a 

measure of independence from foreign oil sources to the nation. To the state of Alaska, North 

Slope oil offers financial security, as it generates more than 85% of the state’s general fund 

revenue.

The ANS is located north of the Brooks Range, between the foothills and the Chukchi and 

Beaufort Seas, extending approximately 700 miles westward from the Canadian border to 

Point Hope. Figure 1.1 shows the geographical location of the ANS. The coastal plain 

portion is an arctic desert, receiving only 10 inches of precipitation annually. The average 

temperature ranges from 5°C in the summer to -30°C in the winter. Permafrost extends to a 

depth of approximately 2000 feet beneath the land surface. The barren, almost flat coastal 

plain gives way to treeless rolling hills as it extends southward toward the foothills of the 

Brooks Range. 
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Figure 1.1: Location of Alaska North Slope (www.columbia.edu/~ari2102/ North%20Slope/ 

map.jpg, August 2007).  

The U.S. Geological Survey (USGS) initiated petroleum exploration on the ANS in the early 

1900s. The Prudhoe Bay Field was discovered in 1968 as a result. Several other large fields 

were also discovered in the area including the Kuparuk River, Milne Point, Endicott-Duck 

Island, and Point McIntyre fields. Construction began on the Trans Alaska Pipeline System 

(TAPS) in 1974 to transport ANS oil to the U.S. market. The first oil flowed to the port of 

Valdez, Alaska, in 1977. 

Cumulative ANS oil production through 2000 was 12.941 billion barrels (Bbbl) of oil and 

condensate and 0.378 Bbbl of natural gas liquids (NGL) for a total liquids production of 

13.319 Bbbl. Net production of 13.306 Bbbl resulted from the injection of 0.013 Bbbl of 

liquid. Cumulative gas production was 42.069 trillion cubic feet (Tcf) with 38.040 Tcf 

injected, yielding a net production of 4.029 Tcf. Approximately 78% of cumulative oil, 
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condensate, and NGL, and 88% of cumulative gas production came from the Prudhoe Bay 

Field. Fifty-seven percent of current oil production is from the Prudhoe Bay Field. Peak ANS 

production occurred in 1988 when the production rate averaged 2.038 million barrels per day 

(MMbbl/d). Since then, production has been declining. In 2000, the average production was 

1.045 MMbbl/d. The North Slope currently accounts for 16% of U.S. oil production. Gas 

production averaged 9.132 billion cubic feet per day (Bcf/d) in 2000, but in the absence of a 

market, 8.430 Bcf/d of that was injected, while the remaining 0.702 Bcf/d was used locally. 

1.2 Heavy oils in ANS 

According to the Alaska Department of Revenue (2006) Revenue Sources Book, the term 

heavy oil refers to high-density oil and low American Petroleum Institute (API) gravity (less 

than 25°API to 20°API) due to the presence of a high proportion of heavy hydrocarbon 

fractions. In terms of the ability of the oil to flow underground within the formation, heavy 

oils are generally those with a viscosity greater than 100 cp—a measurement used to evaluate 

the ability of a liquid to flow at reservoir conditions. The higher the viscosity number, the 

slower the flow.

In Alaska, the real issue is the ability of crude oil to flow, or its viscosity as it relates to 

ability to flow. One of the major reasons that Alaska’s oil is viscous is because it is located 

relatively close to the surface of the earth, where there is thick permafrost. The oil is not 

found deep in the earth, where the temperatures are warmer, but within 6000 feet of the 

surface, where temperatures are cooler, thereby reducing the oil’s viscosity or ability to flow. 

For oil production in Alaska, API gravity is not as important as reservoir temperature. Hence, 

these oil deposits are sometimes referred to as viscous oil deposits, rather than heavy oil. 

Permafrost affects production, as it cools the oil traveling through the permafrost zone. 

There are currently five fields producing viscous oil in Alaska: Orion, Polaris, Schrader 

Bluff, Tabasco, and West Sak. Four of these fields are shown in Figure 1.2. Not shown is 

Tabasco, which is a Kuparuk River Unit satellite.
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Figure 1.2: Fields producing viscous oil in Alaska (BP Exploration Inc., 2005). 

The ANS is underlain by permafrost, which extends to about 1,800 feet in depth. The 

shallowest oil-bearing formation—Ugnu—is closest to the permafrost. The temperature in 

this formation is below freezing, its density is 1.014 g/ml, and it has very high oil viscosity. 

The billions of barrels of reserves in this formation are not presently economical to produce, 

but work is being done to find economical ways to produce these reserves. 

1.3 Developing viscous oil resources 

Developing viscous oil is difficult and expensive. Some heavy oils are too viscous to flow at 

reservoir conditions; they are usually found at relatively shallow depths that are too deep 

mine. At such depths, temperatures are low, so that viscosity is high. Heavy oils need special 

production technologies to facilitate their flow from reservoir to wellhead. Traditionally, 

these technologies have involved “steam flooding” techniques, which involve injecting hot 

steam to heat the oil in situ, thereby reducing its viscosity and allowing it to flow. Also used 

are techniques involving CO2 or natural gas injection.
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1.4 Microbially enhanced oil recovery (MEOR) 

Microbial enhanced oil recovery (MEOR) is the use of microorganisms to retrieve additional 

oil from existing wells, thereby enhancing the petroleum production of an oil reservoir. In 

this technique, microbes are harnessed to produce harmless by-products which help to propel 

oil out of the well. MEOR may be achieved through in situ approaches such as biostimulation 

of indigenous microflora, or ex situ approaches in which selected microbes or microbial 

products are introduced into the well. Because these processes help to mobilize the oil and 

facilitate oil flow, they allow a greater amount of oil to be recovered from the well.

Microbial enhanced oil recovery is used in the third phase of oil recovery from a well, known 

as tertiary oil recovery. Oil recovery usually requires two to three stages: Primary Recovery 

wherein 12% to 15% of the oil in the well is recovered without the need to introduce other 

substances into the well; Secondary Recovery wherein the oil well is flooded with water or 

other substances to drive out an additional 15% to 20% of oil from the well; and Tertiary 

Recovery wherein several different methods may be used, including MEOR, to recover up to 

11% more oil from the well. Microbial enhanced oil recovery technology is an attractive 

candidate for cost-effective solutions to viscosity reduction.

1.5 Objectives 

To assess the potential for biosurfactant-mediated MEOR in ANS oil, we conducted research 

focused specifically on the microbiology of these heavy oil reservoirs. Our goal was to assess 

the amenability of ANS viscous oils for viscosity reduction processes relying on indigenous 

or introduced microbial populations. To explore ex situ methods, a microbial formulation 

suitable for application to MEOR was developed using a well-characterized biosurfactant-

producing bacterial strain. Several coreflooding experiments were performed to assess the 

effects of the microbial formulation on incremental oil recovery. Experiments were 

conducted to monitor the properties of the oil sample used for the experiments in order to 

study the effect of MEOR on these properties. Properties of oil such as composition, density, 

and viscosity were monitored. This study was used to propose the mechanism for incremental 
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oil recovery due to MEOR. Terminal restriction fragment length polymorphism (T-RFLP) of 

the oil sample was performed to analyze the microbial community present in ANS viscous oil 

and to monitor survival of the introduced bacterial strain. 

We also performed an assessment of the biological potential for MEOR in heavy oils from 

five important ANS reservoirs by characterizing the total and biosurfactant-producing

indigenous microbial community in ANS heavy oils. By applying a combination of state-of-

the-art molecular genetic techniques and microbial cultivation methods, we isolated 

indigenous biosurfactant-producing bacteria native to five different ANS heavy oil reservoirs 

as well as those from an Alaskan marine oil spill environment (Exxon Valdez oil spill). 
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EXECUTIVE SUMMARY 

 Viscous oil reservoirs tend to be low-energy, low-gas/oil-ratio systems with high 
viscosities, and are difficult to produce, transport, and refine by conventional methods. The 
large viscous oil deposits in the ANS cannot be produced entirely by conventional methods 
like pressure displacement or waterflooding. Other methods such as miscible gas injection 
and water alternating gas (WAG) also have limited success. Microbially enhanced oil 
recovery (MEOR) is one approach for improving oil recovery for viscous deposits. MEOR 
can be achieved using either ex situ approaches such as flooding with microbial 
biosurfactants or injection of exogenous surfactant-producing microbes into the reservoir, or 
by in situ approaches such as biostimulation of indigenous surfactant-producing microbes in 
the oil. MEOR has not been applied yet in any form to the ANS fields. This study includes 
experimental work to analyze the potential application of MEOR to the ANS oil fields 
through both ex situ and in situ approaches.

 A microbial formulation using a well-characterized biosurfactant-producing strain of 
Bacillus licheniformis was developed in order to simulate MEOR. Coreflooding experiments 
were performed to quantify the incremental oil recovery following MEOR simulation. 
Properties like viscosity, density, and chemical composition of oil were monitored to propose 
a mechanism of oil recovery. Terminal restriction fragment length polymorphism (T-RFLP) 
was performed on the oil samples to qualitatively study the effect of the microbial 
formulation on a molecular scale. The microbial formulation significantly increased 
incremental oil recovery, and molecular genetic analyses indicated that the strain survived 
during the shut-in period. 

The indigenous microflora of ANS heavy oils was investigated to fully characterize the 
microbial communities and identify indigenous surfactant-producing bacteria. Enrichment 
cultures using a variety of media were established using five different ANS oils as inoculum 
under aerobic conditions. Bacterial growth was obtained from oil from Milne Point and in a 
culture inoculated with microbes from Exxon Valdez oil spill (EVOS) oiled rocks. Bacteria 
grown were subjected to a high throughput screening test for their ability to reduce surface 
tension using an optical distortion assay. Over 90% of organisms screened from both cultures 
produced positive results. Seven morphologically different surfactant producers from the 
EVOS culture were isolated into pure culture and surface tension reduction, evaluated using a 
ring tensiometer. The total bacterial community composition of the five different oils was 
evaluated using T-RFLP fingerprinting. Each of the five oils tested possessed a unique 
fingerprint indicating a diverse bacterial community and varied assemblages, even from 
different production platforms associated with the same reservoir. Peaks corresponding to our 
surfactant-producing isolates were not detected in the oils, indicating that they likely 
originated from the EVOS environmental sample rather than the oil in which they were 
grown. The surfactant producers from EVOS and Milne Point crude oil are worthy of future 
study, as they may prove valuable for ex situ MEOR strategies.  

Collectively we have demonstrated that there is potential for in situ and ex situ MEOR of 
ANS oils. Future work should focus on lab and field-scale testing of ex situ MEOR using 
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Bacillus licheniformis as well as the biosurfactant-producing strains we have newly isolated 
from the Milne Point reservoir and the EVOS environment. 
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CHAPTER 2: LITERATURE REVIEW 

2.1 Introduction 

The first or primary phase of oil production includes the use of natural stored energy to bring 

oil to the surface by expansion of volatile components and/or by pumping the individual 

wells to assist the natural drive. However, using this conventional technology, two-thirds of 

the oil in place remains unrecovered. The secondary phase of oil production is commonly 

known as waterflooding. Supplemental energy is added to the reservoir by injecting water. 

The basic approach in this phase is to maintain the reservoir pressure.  

Even with waterflooding a significant amount of oil may remain in place. This remaining oil 

after waterflooding is typically the target for enhanced oil recovery (EOR) processes. 

Enhanced oil recovery includes gas injection and chemical and thermal processes to increase 

oil production. These processes either improve the sweep efficiency in the reservoir or 

substantially alter the capillary number. The EOR methods that have been tried and tested in 

the oil fields include steam injection, in situ combustion, CO2 flooding, surfactant, polymer 

and caustic flooding, or a combination of these processes. Chemical methods such as 

surfactant, alkaline waterfloods, micellar-polymer, or caustic flooding attempt to reduce the 

interfacial tension, thus increasing the capillary number. Thermal methods tend to displace 

the fluids due to a combination of interacting physical changes like reduction in viscosity of 

the trapped phase and steam distillation. The injection of CO2 or organic solvents aims at 

miscibly displacing the oil. At reservoir pressures, CO2 becomes partially miscible with the 

oil, increases the effective oil saturation, and allows it to flow.

Conventional EOR processes have several constraints (Teh, 1990). Carbon dioxide flooding 

is ideal for deep reservoirs and light oil operations. There are certain drawbacks such as early 

and premature breakthrough, tentative or unknown prediction of miscibility pressure, single 

contact phase properties and dynamic phase behavior, and precipitation of asphaltene. 
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Absorption, chemical reactions with various ions and clay minerals in the reservoir, reactions 

with the crude oil, and temperature instability are some of the most destructive factors related 

to surfactant flooding. 

In polymer flooding, chemical, mechanical, and microbiological instability can lead to 

ionization in contact with the organic acids in the petroleum. This reaction leads to the 

formation of macroscopic particles due to cross-linking. These particles can plug the pores, 

reducing permeability. (Brown et al., 1986) 

One of the problems involved in surfactant flooding is adsorption of surfactant on the surface 

in the reservoir rock. As a result, the concentration of surfactant required for injection in the 

reservoir to perform the task is increased. 

Adverse effects like gravity override and damage to the casing, tubing, pump, and well are 

encountered for in situ combustion. Also, premium petroleum is converted into useless coke. 

These constraints limit the applicability of these methods economically and technically 

(Brown et al., 1986). 

The necessity to overcome these limitations has encouraged several researchers to explore 

the technology of enhancing oil production by using microorganisms, commonly referred to 

as microbial enhanced oil recovery (MEOR) or microbial enhanced hydrocarbon recovery 

(MEHR). MEOR involves the injection of some selected microorganisms into the reservoir. 

It also deals with the stimulation and transportation of the growth products of 

microorganisms, such that these products will further reduce the amount of oil remaining in 

the reservoir after the secondary phase of recovery. 

Beckmann (1926) was the first to suggest the use of microorganisms to increase oil 

production. But it was Dr. Claude ZoBell who conducted a series of systematic laboratory 

investigations towards this cause 20 years later (ZoBell, 1946). ZoBell and his research 

group inoculated sulfate-reducing bacteria (SRB), particularly Desulfovibrio
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hydrocarbonoclastius and D. halohydrocarbonoclastius in a nutrient solution of sodium 

lactate. The nutrient-covered Athabasca tar sand samples were placed in glass-stoppered 

bottles. The research team observed that the growth of SRB was accompanied by a gradual 

separation of oil or tar from the sand. Similar results were also obtained where oil appeared 

on the surface of the nutrient solution-covered oil-bearing cores. Based on the experiments 

conducted, ZoBell explained various reasons for the release of oil. His experimental 

techniques and suggested mechanisms for the release of oil from oil-bearing materials have 

been widely adopted and are followed even today. He also mentioned potential risks of 

MEOR if proper precautions were not taken during the application. Many other researchers 

like Updegraff and Wren (1954), Beck (1947), and others have conducted further research 

using different species of microorganisms. 

Since ZoBell (1947 a/b), significant research efforts have been directed towards MEOR 

throughout the world. Earlier, due to low oil prices, this work did not receive much attention. 

With the increase in oil prices, however, the MEOR process has gained importance, as it has 

become economically viable. Extensive research is conducted in leading universities and 

laboratories in the United States, the United Kingdom, Canada, China, and Russia. As a 

result of this research, many successful MEOR projects have already been initiated in many 

oil fields, some of which are described later in this chapter.  

This chapter discusses different aspects related to MEOR such as the fundamentals of the 

process, the different mechanisms leading to EOR by the use of microorganisms, the 

transportation of microbes into the porous media (i.e., the reservoirs), design parameters of a 

successful MEOR field application, the economic analysis of MEOR projects, and successful 

case studies of MEOR field applications. 

2.2 Fundamentals of MEOR 

Microbial enhanced oil recovery is used as an alternative to other conventional EOR 

processes. As with any other process, there are some beneficial and detrimental factors 

related to MEOR (Davis, 1967).
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The beneficial effects related to microbes include the following: 

i. Origin of hydrocarbons: Oil contains compounds like porphyrins, steroids, and 

isoprenoids that directly indicate organic origin. Thus, microbes lead to the 

development of the reservoirs. 

ii. Micropaleontology: In the study and use of fossilized pollen and microbial spores, 

microbes can be used to identify the geology of particular formations. 

iii. Petroleum prospecting: Microbes present on the surface can be used to determine 

petroleum accumulations at depth. 

iv. Microbial enhanced oil recovery: The use of microbes to enhance oil recovery

has numerous advantages over conventional EOR processes (Moses, 1983). For 

waterflooding, MEOR can be easily applied with typical surface equipment; it has 

low capital costs and is economically attractive for marginally producing fields. The 

process also has low chemical costs, as the cost of microbial injection fluid is 

relatively low, and its application is not affected by whether the price of crude oil is 

high or low. Microbial activity can be easily controlled by controlling the injection of 

nutrients; it can be applied to heavy as well as light oils. The microbes to be used can 

be selected and adapted for specific reservoir conditions. As with any other EOR 

process, MEOR also has some constraints (Moses, 1983): It cannot be applied in 

reservoirs having high temperatures (greater than 70°C) or high salinities (greater 

than 10%), and the presence of certain heavy metal ions in the reservoir can be toxic 

to microbes, leading to failure of the process. The application of MEOR requires 

laboratory compatibility testing and proper engineering design. 

There are three major detrimental effects involved with microbes: 

i. Corrosion: Corrosive effects include pitting of the tubulars used in production and 

injection wells and of the surface production equipment also. Sulfate-reducing 

bacteria, slime-producing bacteria, and iron-oxidizing bacteria are involved in the 

corrosion activity. Steel has a natural resistance to corrosion in the form of a 
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hydrogen layer. However, hydrogen disulfide produced by SRB can cause stress 

cracking in steel tubulars and souring of the hydrocarbons, and is also a health hazard. 

ii. Permeability reduction: Microbial permeability reduction occurs due to microbial cell 

debris, microbial polysaccharides (gums, slimy secretions, resins), or microbial 

precipitation of sulfides or calcite. The microbial precipitation of sulfides and calcite 

occurs due to the presence of SRB. It takes place mainly in the oil-water transition 

zone and the water zone. Plugging due to microbial cell debris and polysaccharides 

occurs near the wellbore, especially around the water injection wells. In order to 

counteract microbial plugging, installation of filtration units and stimulation 

techniques like acidizing or hydraulic fracturing are used more commonly. 

iii. Deterioration of petroleum reserves and drilling fluid additives: Microbes use the 

petroleum reserve as a carbon source and, in turn, degrade the reserves. The microbes 

also degrade drilling fluid additives like cornstarch, natural gums, and carboxymethyl 

cellulose or chrome lignosulphonates, which can lead to formation damage.  

Microorganisms can survive in a large variety of conditions: aerobic or anaerobic, acidic or 

basic (pH 2 to 9), low temperature or high temperature (from 0°C to nearly 100°C), and 

pressure up to 20,000 psi. Microbes are present in many oilwell environments, and they 

adapt, grow, and proliferate in the presence of nutrients. These activities lead to the 

formation of various bioproducts that facilitate oil recovery. Table 2.1 gives a brief summary 

of some of the common microbial species used in MEOR and their bioproducts. 
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Table 2.1: Microbial species used in MEOR (Bryant & Birchfield, 1989). 

Scientific Name Aerobic or Anaerobic Products 

Clostridium sp. Anaerobic Gases, acids, alcohols and 
surfactants 

Bacillus sp.  Facultative Acids and surfactants 
Pseudomonas sp. Aerobic Surfactants and polymers; 

can degrade hydrocarbons 
Xanthomonas sp. Aerobic Polymer 
Leuconostoc sp. Facultative Polymer 
Desulfovibrio sp. Anaerobic Gases and acids; sulfate 

reducing
Arthrobacter sp. Facultative Surfactants and alcohols 

Corynebacterium sp. Aerobic Surfactants 
Enterobacter sp. Facultative Gases, acids 

The type of bioproducts produced depends on the type of nutrients consumed by the 

microbes from the environment. Nutrients required by the microbes basically consist of 

seven components, namely water, energy source, carbon source, electron acceptor, essential 

minerals, nitrogen source, and growth factor (Sugihardjo et al., 1999). 

The biosurfactants produced act as good emulsifying agents and reduce the interfacial tension 

between oil and water; they may also result in wetability reversal of the system (Rocha et al., 

1992). Some microbes need to use lighter hydrocarbons as their carbon source. These 

microbes degrade higher hydrocarbons for their use by breaking them into lighter 

hydrocarbons. This process causes conditional changes such as a decrease in oil viscosity and 

gas production (Knabe, 1984). The bioacids can change the structure of the carbonate rock by 

dissolving it, thus connecting the pores in the reservoir and facilitating the movement of oil. 

The gases formed, such as carbon dioxide, force the oil out of the pores or can dissolve in the 

oil to reduce viscosity. The biogas formation also helps in maintaining the reservoir pressure 

(Chisholm et al., 1990). The alcohols produced act as solvents, resulting in reduction of oil 

viscosity. The production of biopolymers can affect the mobility ratio between the displacing 

water and the displaced oil, resulting in a piston-like displacement. 
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The above-mentioned microbial activities can be exploited in two ways: The bioproducts that 

facilitate the recovery of oil can be produced on the surface by using conventional 

fermentation techniques. These products can then be injected into the reservoir. Though more 

capital- and labor-intensive, this ex situ approach is helpful in avoiding the injection of 

microbes into the reservoir, which can help avoid all the detrimental effects related to 

microbes. Alternatively, the in situ process, where the microbes and the nutrients are injected 

into the reservoir, is less expensive and, hence, more promising for a wider range of 

conditions. The in situ approach is widely used in field application. 

A general hydrocarbon reservoir is categorized into five microbial zones: the gas zone, the 

gas-oil transition zone, the oil zone, the oil-water transition zone, and the aquifer zone, as 

represented in Figure 2.1. The size of the transition zones depends on the capillary pressure 

relationship between the two fluids. 

Figure 2.1: A typical hydrocarbon reservoir (modified from Gregory, 1947). 

Microbial activity may occur in any of these zones to a variable extent. It is necessary to 

define certain parameters that will control any microbial inhabitance. Ten parameters related 

to pore structure and fluid in the rock (Sharpley, 1966) are defined as follows: 

GAS ZONE

GAS/OIL TRANSITION ZONE 

OIL ZONE OIL/WATER 
TRANSITION ZONE 

WATER ZONE 
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i. pH: All microbial species show an optimum pH for growth usually ranging from pH 5 

to 8. However, the minimum and maximum pH possible to sustain growth is 2 and 

9.5, respectively. 

ii. Eh: The electromotive force (Eh) is a quantitative expression of oxidizing and 

reducing intensity of the system. In an aerobic system, the Eh will be positive, 

whereas the Eh will be considered negative for an anaerobic system. 

iii. Temperature: Microbes can be categorized as a function of temperature: 

psychrophiles (grow best below 25°C), mesophiles (grow best between 25°C and 

40°C), and thermophiles (grow best between 45°C and 60°C). However, microbial 

population is also observed in the high temperatures of sulfur springs and the low 

temperatures of the polar ice caps. 

iv. Dissolved gases: The most important dissolved gas for the MEOR process is oxygen. 

Oxygen is usually supplied by using surface water to sustain aerobic microbes.  

v. There are four main groups of microbial oxygen usage: aerobic (require oxygen for 

growth), anaerobic (do not require oxygen for growth), microaerophilic (grow best in 

the presence of small amounts of oxygen), and facultative (grow either in aerobic or 

anaerobic conditions). 

2.3 Mechanisms of MEOR 

Over the years, considerable work has been done to postulate the mechanism for enhanced 

oil recovery using microorganisms (Peihui et al., 2001; Raiders et al., 1985; Anderson et al., 

1986; Sayyouh, 2002). However, the exact mechanism for the facilitation of oil recovery by 

microorganisms is still uncertain. The reviewed literature indicates that oil production usually 

can be increased by the following processes: 

i. Single well stimulation 

ii. Wellbore cleaning 

iii. Selective plugging 

Different mechanisms that contribute to the recovery of oil were observed by conducting oil 

displacement experiments in unconsolidated, thin reservoir flow cells (Kianipey and 

Donaldson, 1985). Three species of microorganisms namely Bacillus licheniformis,
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Pseudomonas aeruginosa, and Clostridium acetobutylicum were used in these experiments. It 

was concluded that the observed increase in oil production was a direct result of in situ

growth and metabolism of microorganisms. Microbial products can change the chemical and 

physical properties of oil, selectively plug high-permeability zones to improve sweep 

efficiency, and increase wellhead pressures in single-well injections. Oil production can also 

be increased by removing suspended debris and paraffin from the near-wellbore region.

One of the major mechanisms for EOR due to microbial activity is the production of 

biosurfactants (McInerney et al., 1999). These biosurfactants include anionic surfactants as 

carboxylic acids (fatty acids) and certain types of lipids. The biosurfactants produced by 

microbes reduce the interfacial tension at the oil-water interface. A reduction in interfacial 

tension results in a reduction of capillary forces. These capillary forces trap residual oil in 

porous media. The reduction in capillary forces frees the oil droplets, allowing oil to be 

displaced and thus recovered. The reduction in interfacial tension also reduces the pressure 

drop across a phase boundary, enhancing the microscopic sweep efficiency. This further 

increases oil recovery.

The production of biogases such as CO2 and methane by bacteria as a result of metabolic 

activity has also been stressed as the mechanism for EOR. It has been proposed that these 

produced gases increase pressure in the reservoir and thus aid in the release of oil. However, 

the amount of gas needed to pressurize an entire reservoir is large and could not be easily 

produced. The produced gases introduce a third flow phase in the reservoir, increasing the 

mobility of oil by reducing the viscosity and swelling of individually trapped droplets of 

crude oil caused by solubilization of gas. 

Bioacids and other solvents, such as ketone and alcohols, are produced as a result of 

microbial activities. These cause a removal of sludge and inorganic fine particles from the 

surface of sand grains in the flow cell. The acids dissolve the carbonate from the porous 

matrix, increasing permeability and the oil recovery. Alcohol generation can also lower 

interfacial tension, promote emulsifications, and possibly help to stabilize microemulsions. 
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Surfactants can also alter the relative permeability of rock to oil by changing the wettability 

of reservoir rock, thereby increasing oil recovery. Wettability changes toward more water-

wet systems have been observed in many cases. This change contributes to the reduction of 

residual oil saturation, since the oil in water-wet systems is less apt to cling to the porous 

matrix. 

Selective plugging of the pores by microorganisms is also a well-established mechanism for 

EOR (Stepp et al., 1996). The basic approach is fluid diversion. Producing zones have 

variable permeability due to stratification, depositional environment, or digenesis. The 

invading fluid moves rapidly through the more permeable zones, establishing a flow path. A 

major portion of the injected water flows through this established path. Thus, more oil is 

swept from the higher permeability zones as compared to the lower permeable portions, 

significantly affecting oil recovery efficiency. Selective plugging of highly permeable zones 

by microorganisms can improve sweep efficiency. Plugging can be accomplished by using 

either non-viable or viable cells. Non-viable or dead cells do not produce slime, precipitates, 

etc., so they act as particulate agents. Viable cells have the ability to adhere to rock and 

produce extra-cellular polysaccharides that cover cells and rock surfaces, forming a polymer 

film (Bryant and Douglas, 1987). These actions result in more effective plugging than 

particulate plugging by dead cells. 

Biosurfactant-mediated MEOR can be achieved by several different strategies. Ex situ

methods involve cultivation of specific microorganisms, followed by injection of 

microorganisms and/or their bioproducts into the reservoir. Ex situ production and injection 

of microbes and/or biosurfactants is a complex process requiring carefully controlled 

cultivation conditions, facilities, and expertise, which are challenging to achieve in the field. 

Injection of exogenous microbes, also known as bioaugmentation, is additionally problematic 

due to the challenges of microbial transport in the subsurface, competition with the 

indigenous microbial community, and induction of surfactant production under prevailing 

conditions. Alternatively, in situ biostimulation is a potentially simpler and less expensive 
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approach that relies on indigenous surfactant-producing microbes to achieve viscosity 

reduction. Biostimulation strategies frequently involve injection of nutrients dissolved in 

readily available production water to promote growth and surfactant-producing activities of 

indigenous microorganisms. 

Assessing the potential success of biostimulation or bioaugmentation approaches requires 

specific, fundamental information about the microbiology of the targeted oil reservoir. 

Because microbial communities vary widely, it is first essential to determine whether 

surfactant-producing microbes are present. If none are detected, then bioaugmentation may 

be necessary. However, surfactant production is an advantageous trait in petroleum-

associated microbial communities, permitting access to hydrophobic carbon sources. Indeed 

surfactant producers have frequently been isolated from crude oils. They are generally 

present, however, in low numbers and/or are not expressing surfactant production genes due 

to unfavorable conditions such as nutrient limitation (Van Hamme et al., 2003). This is in 

alignment with a fundamental tenet of microbial ecology which states that “Everything is 

everywhere, but, the environment selects” (Baas Becking, 1934), meaning a diverse array of 

microbes are ubiquitous but environmental conditions determine which organisms 

predominate in a particular time and space.  

Biostimulation may be achieved if effective surfactant-producing microbes are present in the 

indigenous reservoir microbial community and if effective methods have been identified for 

promoting their growth and surfactant production. Strategies for in situ biostimulation will 

vary considerably depending on both the physiology of microbes present and prevailing 

geochemical conditions. Past MEOR studies have found that providing limiting nutrients to 

promote microbial growth followed by permitting nutrients to become limiting again 

effectively induces the production of abundant biosurfactants in situ (Sheehy, 1992). 

Upregulation of surfactant production has been observed in microorganisms under nutrient 

deficient conditions (Hsueh et al, 2007) and is assumed to be an adaptive strategy to access 

carbon during starvation. Exactly which nutrients and/or carbon sources are limiting is 

determined both by the chemistry of the reservoir and the physiology of specific 
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microorganisms being targeted. Furthermore, redox conditions may be altered to favor 

surfactant producers. Both aerobic and anaerobic biosurfactant-producing microbes are 

known (Lin et al, 1994; Youssef et al, 2005). Assessing the efficacy of indigenous aerobic 

and anaerobic biosurfactant producers, in conjunction with the cost of their biostimulation, 

can provide valuable information to guide MEOR strategies. 

It is suggested that all of the above mechanisms are important for oil recovery, but they are 

not equally significant. Usually, EOR is a result of a combination of more than one of the 

proposed mechanisms. It is important to properly understand the mechanism of oil recovery 

for the selection of appropriate bacterial strains and the design of optimal operational 

procedures for MEOR. The mechanism of MEOR may be different for various reservoirs due 

to the complex interactions between microorganisms, the reservoir surface, the aqueous 

phase, and the oil. However, a better understanding of MEOR can be obtained by simple 

arguments to evaluate the relative importance of microbial activities. 

2.4 Microbial transport in porous media 

There are many microorganisms present in a reservoir. The growth of indigenous microbes 

over the injected microbes can be detrimental to the MEOR project. Also it can affect the 

permeability of the reservoir. Bactericides are used to inhibit the growth of unwanted 

bacteria. A proper understanding of the transport of bacteria in reservoir rocks is important 

for the success of MEOR processes.  

The success of a MEOR process depends on the ability of the microbes to move through the 

reservoir and the production of chemicals. The produced chemicals should come in contact 

with the oil in order to mobilize it.  

Various researchers studied microbial transport in the laboratory (Jenneman et al., 1982; 

MacLeod et al., 1988; Jang et al., 1984). Chang et al. (1991) compared the simulation and 

experimental results of the transport of microbes and nutrients in one-dimensional 

coreflooding experiments. The researchers developed a three-dimensional, three-phase, 
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multiple-component numerical model to describe microbial transport phenomena in porous 

media. The mathematical model was developed in two steps: the first step was to develop a 

mathematical model to predict the propagation and distribution of microorganisms and 

nutrients in porous media; the second step was to incorporate the transport equations for 

microorganisms and microbial nutrients into a three-dimensional, three-phase (oil, water, and 

gas) black oil simulator. To use the simulator, certain parameters such as diffusion 

coefficient and clogging coefficient of microbes are required. These parameters are 

determined by performing experiment and simulation matches. The laboratory experiments 

conducted included microbial coreflood and flask tests. Some field-scale simulations were 

conducted also. 

Studies of the transport of microbes in porous media led to the concept of using 

microorganisms for selective plugging of reservoir pores (Jack and Stehmeir, 1987; 

Updegraff, 1983). Microbes that produce polymers, biomass, and slimes have been shown to 

significantly reduce the permeability of cores.  

2.5 Design of MEOR field projects 

The selection and design of a MEOR process for application in an oil field involves 

geological, reservoir, and biological characterization (Robertson et al., 1995). Microbially 

mediated oil recovery mechanisms are defined by the types of microorganisms used. The 

engineering and biological character of a given reservoir must be understood to correctly 

select a microbial system to enhance oil recovery. The steps normally considered in the 

application of a microbial system to any field are as follows: 

i. Site selection: Studies like well log analysis, pressure-transient testing, spinner 

surveys, and chemical tracer tests are helpful for characterization of the target 

reservoir. The mineralogy of the rock formation should be characterized by core 

analysis. The reservoir is chosen in order to meet screening criteria for reservoir 

evaluation and selection. The screening criteria commonly used are given in Table 

2.2.
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Table 2.2: Screening criteria for reservoir selection (Bryant, 1990).

Formation Parameter Recommended 

Absolute permeability > 75 md 

Depth < 7890 ft 

Temperature < 175°F

Oil gravity > 15°API 

Remaining oil saturation > 25% 

Injection-formation water < 100,000 ppm 

Compatibility between indigenous and 
injection microbial strains 

Good

ii. Sampling and analysis of well fluids: Samples of oil, water, and rocks are collected 

from the sites. Each reservoir has a variation in microbial population. These samples 

are characterized in the laboratories for the presence of indigenous microbial 

population.

iii. Selection of microbial formulation: The characterization of microbial population is 

essential for selection of the microbial formulation to be used. This is useful in 

comprehending the effects of the indigenous microbes on the injected microbial 

formulation (Bryant et al., 1986). Samples are inoculated and the indigenous 

microbes are isolated. In cases where the indigenous microbes are not useful for oil 

recovery, different microbial formulations are tested for survival in the presence of 

the reservoir brine, rock, and nutrients. The microbial formulation leading to optimum 

oil production is selected for injection. Most of the microbial formulations have 

microorganisms isolated from the reservoir, as these microorganisms are easily 

adapted to reservoir conditions. 

iv. Baseline determination of producing wells: The production history and characteristics 

of the reservoir should be studied before microbial treatment. Production 

measurement of the reservoir wells gives an idea of the average production of the 

reservoir before microbial treatment. This is useful in determining the performance of 

the MEOR project. Compatibility tests must be performed on core samples at 

reservoir conditions to get an estimate of oil recovery efficiency. 
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v. Growth of the microbial formulation and injections of microbes and nutrients: The 

selected microbial formulation is cultured and grown to the quantities sufficient for 

injection in the field. The final inoculation is performed at the selected site. Nutrients 

are injected with the microbial formulation. The microbial formulation is generally a 

combination of species of Bacillus and Clostridium. These species have a greater 

potential for petroleum reservoir survival because they produce spores. These spores 

are dormant, resistant forms of the cells that can survive more stressful environmental 

conditions. The nutrients are usually a mixture of numeral salts (a combination of 

minerals like nitrogen, phosphorous, potassium, etc.) and a carbon source (molasses, 

etc.). Grula (1986) reported major differences in the composition of molasses, which 

affects microbial growth and activity. Due to the dependence of microbes on water, 

the optimum MEOR scheme uses water as an integral part of the nutrients. While 

injecting the nutrients or water, care should be taken that the indigenous sulfate-

reducing bacteria (SRB) are not stimulated or overgrown by the injected microbes.  

A proper understanding of the transport of bacteria in the reservoir is very important 

for designing the injection strategy needed for oil production. If the microbial 

community is mobile in the reservoir, the injection strategy should be designed such 

that the microbes receive nutrients adequate to sustain their metabolism. On the other 

hand, if the microbes are not mobile, then the injection strategy should be designed 

such that the microbes metabolize the injected nutrients and the produced chemicals 

propagate through the reservoir. The injection of the microbial formulation and 

nutrients can be batch injection or continuous injection. 

Batch injection tends to affect the reservoir locally, to 25 meters and more from the 

injection wells. Batch injection can be done in three ways: 

a. Injection of a slug of microbes followed by a nutrient slug. The nutrient slug 

would help displace the microbial slug further into the reservoir. 

b. Injection of a nutrient slug followed by a microbial slug. The nutrients 

absorbed on the rock surface would be used by the microbial slug that follows. 
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c. Injection of a slug of microbes suspended in a high-concentration nutrient slug 

chased by water injection. 

Continuous injection is considered mainly where the physiochemical nature of the 

reservoir is more akin to microbial growth. Continuous injection could be done in the 

following ways: 

a. Prolonged spore injection, even until the wells produce them. Selective 

flooding of germination nutrients could then be carried out. 

b. Batch injection of microbes followed by a continuous injection of nutrients. 

c. Continuous alteration of microbe slugs and nutrient slugs chased with water. 

The size of the slug is decided by consideration of reservoir properties, such as 

permeability. 

vi. Shut-in period: After the injection of the microbes, the wells are shut in for a 

particular period to allow for growth of the bacteria in the oil-producing formation. 

vii. Production follow-up: Production is started after the shut-in period and the increase in 

oil recovery is observed. It is necessary to monitor and follow up the results for a 

credible evaluation of the microbial process. 

2.6 Economic considerations of MEOR 

Research has been carried out on the use of bacteria in situ and the use of surface bacteria on-

site, where the bioproducts are produced in bioreactors and then applied in EOR processes. 

An economic analysis of these processes is necessary; as such an analysis may be helpful in 

identifying problems which could be particularly expensive to overcome. Also, it may 

provide a useful basis from which to examine the issue of operational investments and further 

costs, if any. 

Conventional EOR methods are undoubtedly becoming more effective as compared with 

MEOR, as they are better understood, but presently they are expensive to put into operation. 

For economic assessment of any of these processes, large-scale experience is essential. It is 

necessary to perform the best calculations possible to determine major cost components and 
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return on investment (ROI). Also, it is essential to calculate the cost, probable or possible 

production over time, and initially required selling prices (IRSP) before any EOR process can 

be field tested. 

In many cases MEOR operations have proceeded as part of waterflooding operations, with 

nutrients and bacteria injected at one point and oil produced at the production well. Although, 

these processes are less established than conventional EOR methods, they offer several 

advantages. The economic incentive is that they are much less expensive, because the main 

raw material used is an inexpensive carbohydrate source such as molasses, with or without 

inorganic nutrients. 

The dedication of capital for MEOR development projects involves consideration of risk 

factors, including prediction of future events and economic climate and probability of 

success or failure; rate of return on investment; effect of failure on an organization’s 

economic future; tax ramifications; current investment needs and opportunities; cash 

generation needs in future years to remain in a sound and dynamic position; and an 

organization’s financial structure. Most of these factors are usually management prerogative, 

and many of them involve one facet or another of the need for financial continuity from year 

to year. Stable income must be provided to meet the cost of routine expenses such as fixed 

direct and indirect overhead, to produce a reasonable ROI for the owners, and to maintain a 

sufficient operating fund as well as funds to meet any previous financial obligations such as 

interest on loans. No decision is ever complete without considering what effect the venture’s 

failure might have on the organization’s economic structure. 

There are usually two risk factors to be taken into consideration: time risk and geologic risk. 

Time risk is satisfied by payment or similar calculations. Geologic risk forces engineering 

personnel to express their judgment in quantitative terms. Financial evaluation must consider 

the technical complexities of the recovery process. 
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Perry (1981) and Burchfield and Carroll (1987) conducted important work in economic 

analysis of EOR processes.

2.7 Successful case studies of MEOR application 

Alongside the research conducted on MEOR, a number of field tests have been successfully 

carried out. There are many successfully operating projects worldwide (Sheehy, 1990; Bryant 

et al., 1994, Matz et al., 1992; Wankui et al., 2006), which basically is an indicator of the 

feasibility of the MEOR process. Some of the MEOR projects from different parts of the 

world are discussed below. 

Mink Unit Project (Bryant et al., 1990):

A microbial-enhanced waterflood field experiment was initiated during October 1986 by the 

U.S. DOE, the National Institute for Petroleum and Energy Research (NIPER), Microbial 

Systems Corp., and Injectech Inc.  

Background:

The Mink Unit (Sec. 36, Twp. 27N, Rge. 16E) is located in the Delaware-Childers field in 

Nowata County, Oklahoma, and is producing from the Bartlesville sandstone formation. The 

average reservoir properties are listed in Table 2.3. 
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Table 2.3: Average reservoir properties for Mink Unit project (Bryant, 1990). 

Parameters  

Formation Bartlesville sandstone

Depth 600 ft

Net pay thickness 30 ft 

Permeability 60 md 

Porosity 20% 

Formation temperature 65°F

Number of injection wells 21

Average water injection rate 40 bbl/day per well 

Injection pressure 530 psi 

Average oil production rate 6.4 bbl/day 

Oil gravity 34°API

Oil viscosity 7 cp 

The pilot site was four adjacent inverted five-spot patterns within the Mink Unit. The pilot 

area has four injection and eight production wells. 

Treatment:

Chemical tracer studies were initiated in December 1986 to determine the flow patterns of 

the injected fluids in the Mink Unit. Every injection well was injected with 25 gallons of 

microbial formulation, NIPER Bac 1 on March 23, 1987. Ten gallons of pure molasses was 

injected into each well before and after the microbes. The treated injection wells were shut in 

until April 3, 1987. The four injection wells are being injected with two gallons of molasses 

every day.

Evaluation:

Field sampling for baseline determination began in November 1986 and continued to March 

1987. All the wells produced foam, indicating a large amount of surfactant production and, 

also, confirming the viability of the microorganism. Oil production was increased after the 
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microbial injection through May 1988. The predicted and actual average oil production for 

the Mink Unit project is shown in Figure 2.2. 

Figure 2.2: Predicted and actual average oil production for Mink unit (Bryant et al., 1990). 

Huabei Project (Dietrich et al., 1996):

Background:

The Huabei Project is located at No. 3 Plant, Hebel Province in P. R. China. The average 

reservoir properties for this field are listed in Table 2.4. 
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Table 2.4: Average reservoir properties for Huabei Project (Dietrich et al., 1996). 

Parameters  

Formation Sandstone 

Depth 6900 ft

Net pay thickness 40 ft 

Permeability 240 md 

Porosity 20% 

Formation temperature 180°F

Number of injection wells 7

Average water injection rate 40 bbl/day per well 

Injection pressure 530 psi 

Average oil production rate 6.4 bbl/day 

Oil gravity 28°API

Oil viscosity 14 cp 

This project consists of seven wells that are scattered into different reservoirs. These wells 

are in the mature stage of waterflooding. Microbial enhanced oil recovery was started in 

September 1994. The reservoir and fluid parameters are all favorable for microbe growth. 

Treatment:

The wells were treated three times. The first two treatments consisted of 150 barrels of 

microbe-laden fluid, followed by 40 to 150 barrels of displacing water. The third treatment 

consisted of 50 barrels with displacements ranging from 40 to 125 barrels. 

Evaluation:

There was a rapid decline in the project wells before the microbial treatments. The baseline 

was determined by monitoring daily production for five months before the start of treatment. 

After a year of microbial treatment, oil production flattened at 150 barrels per day, which is 

552% over the baseline value. There was a significant change in the viscosity of the crude. 

The Huabei Project production response to the treatment is summarized in Figure 2.3. 
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Figure 2.3: Huabei Project oil production response (Dietrich et al., 1996). 

Diadema Field (Buciak et al., 1994):

A microbial single-well stimulation field test was conducted at the Diadema Field in 

Argentina by CAPSA Exploradora S.A. and APAC-Flow Technologies, with the technical 

support of NIPER, Bartesville, Oklahoma, USA. 

Background:

The Diadema oil field is located in the San Jorge Gulf basin in the Province of Chubut in the 

southern part of Argentina. The formation selected for this pilot test is the Upper Garnet 

Zone (U.G.Z.) of complex II. The average reservoir properties for this field are listed in 

Table 2.5. 
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Table 2.5: Average reservoir properties for Diadema Field (Buciak et al., 1994). 

Parameters  

Formation Upper Garnet Zone

Depth 2953 ft

Net pay thickness 40 ft 

Permeability 500 md 

Formation temperature 126°F

Number of injection wells 5

Average oil production rate 27.8 bbl/day 

Oil gravity 21°API

Oil viscosity 55 cp 

Treatment:

The microbial formulation includes a combination of strains NIPER 1A and NIPER 7. This 

formulation was grown by APAC-Flow Technologies at the laboratory in Buenos Aires. A 

microbial formulation in the amount of 1 bbl and 176 bbl of nutrient solution were injected in 

each well. Five wells were treated. The treated wells were shut in for seven days to allow for 

growth of the bacteria in the oil-producing formation. 

Evaluation:

Indications of microbial activity were detected already in the shut-in period, showing a slight 

increase of wellhead pressure. The oil production behavior of the microbially treated wells 

was uneven. Two of the five treated wells showed an excellent increase in production after 

the treatment. Increased production at well D-7 lasted for 70 days, and the amount of 

additional oil produced was 352 bbl; whereas at well D-47, the increased production lasted 

150 days and 862 bbl of additional oil were recovered. The production response of well D-47 

is summarized in Figure 2.4. The arrow indicates the initiation of the microbial treatment. 
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Figure 2.4: Oil production for well D-47 (Buciak et al., 1994). 
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CHAPTER 3: EXPERIMENTAL WORK 

The major objective of this work was to determine the amenability of ANS viscous oils to 

viscosity reduction by using natural or introduced microbial populations. The ANS viscous 

oil sample was chemically and microbially characterized to assess the viscosity reduction and 

enhanced recovery. Careful measurement and analysis of ANS viscous oil were done at 

molecular and core scales. The following experiments were performed in order to achieve 

this objective: 

1. Design of a biosurfactant-producing microbial formulation. 

2. Coreflooding experiments for lab-scale evaluation of the effect of the microbial 

formulation on oil recovery. 

3. Determination of the effect of the microbial formulation on the oil sample 

composition. 

4. Density measurement of the oil sample at stock tank conditions. 

5. Viscosity measurement of the oil sample at stock tank conditions. 

6. Terminal restriction fragment polymorphism (T-RFLP) of several oil samples. 

7. Growth and isolation of indigenous bacteria from ANS oils. 

8. Testing of ANS bacteria for surface tension reduction capabilities. 

The results obtained from these experiments are used to discuss the application of MEOR to 

enhance the recovery of oil at the ANS reservoirs. 

3.1 Design of the microbial formulation 

An ideal microbial formulation for a MEOR application would consist of two major 

components: the biotic component (i.e., microbes) and the abiotic component (i.e., nutrient 

medium—usually a combination of carbon source and some chemical, such as nitrogen or 

potassium, essential for the growth of the microorganisms).  

There is a diverse microbial community in the reservoir. This microbial community, called 

indigenous microbes, can be found in oil samples and connate water samples collected from 

reservoirs. Due to the diversity of the microbial community, however, it is difficult to 

identify all the microorganisms present in the oil. Thus, a specific microorganism is injected 
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in the oil sample and, through metabolic activity, produces bioproducts that facilitate oil 

recovery. McInerney et al. (1999) isolated the JF-2 strain of the Bacillus licheniformis from 

the connate water of oil fields in Oklahoma, USA. This microorganism produces 

biosurfactant through metabolic activity when provided with a nutrient medium. The sample 

was selected because it grows effectively at the temperature commonly observed in ANS 

reservoirs. A freeze-dried sample of the JF-2 strain of B. licheniformis was obtained from the 

American Type Culture Collection.  

A mixture of nutrients commonly known as Bushnell-Haas Broth is recommended for the 

microbiological examination of fuels by the Society of Industrial Microbiology Committee 

on Microbiological Deterioration of Fuels (Allred et al., 1963). Difco™ Bushnell-Haas Broth 

is obtained from Krackeler Scientific, Inc. Bushnell-Haas Broth is prepared according to the 

formula described by Bushnell and Haas (1941). The formula for the Bushnell-Haas Broth 

approximated per liter is given in Table 3.1. 

Table 3.1: Composition of Bushnell-Haas Broth (Bushnell and Haas, 1941). 

Component Weight
(g)

Magnesium Sulfate 0.2

Calcium Chloride 0.02

Monopotassium Phosphate 1.0

Diammonium Hydrogen Phosphate 1.0

Potassium Nitrate 1.0

Ferric Chloride 0.05

Magnesium sulfate, calcium chloride, and ferric chloride provide the trace elements 

necessary for bacterial growth, whereas potassium nitrate acts a nitrogen source and 

monopotassium phosphate and diammonium hydrogen phosphate provide buffering 

capability. The Bushnell-Haas Broth lacks the carbon source for growth of microbes, but 

heavy oil can be utilized by the microbes as a carbon source. For the effective growth of the 
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microorganisms used, lab grade sucrose (Fisher Scientific Inc.) and lab grade sodium 

chloride (Fisher Scientific Inc.) are also added to the nutrient medium. 

In order to make 1 L of the nutrient medium 

i. suspend 3.27 g of the dehydrated Bushnell-Haas in 1 L of deionized water;

ii. add 1% sucrose (10 g) and 5% sodium chloride (50 g) and mix thoroughly;  

iii. heat with frequent agitation and boil for 1 min to completely dissolve the powder; 

and

iv. autoclave at 121ºC for 15 min. 

The freeze-dried sample of the bacteria is revived by aseptically adding 0.3 to 0.4 ml of the 

nutrient medium with a pipette. The entire material is then transferred to a test tube (5 or 6 

ml) of the broth medium. Agar gel plates are prepared from agar gel solution made by adding 

15 g of agarose powder to 1 L of the nutrient medium. The bacterium is cultured on the agar 

gel plates to test the purity of the obtained culture and to purify the obtained culture if it is 

not pure. For this a sterile, cooled loop is used to take a drop of the bacteria-containing broth 

and streak the agar plate so that it looks like the example shown in Figure 3.1. The agar gel 

plates are incubated at 30ºC. 

Figure 3.1: Streaking pattern of the broth on agar plate. 
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The grown culture is transferred into a test tube (about 10 ml) of the nutrient medium. It is 

allowed to grow overnight and then added to 500 ml of the nutrient medium. The mixture is 

placed in a shaker for 3 to 4 hours at 30ºC in order to grow the microbial formulation. 

The concentration of the microbial formulation can be measured using the Miles and Misra 

method (1938) described below: 

i. Prepare 8 agar gel plates. 

ii. Dilute the microbial formulation by 1 to 10, in sterile 1.5 ml tubes with phosphate-

buffered saline (PBS), pH 7.4. Continue the dilution until the original microbial 

formulation is diluted by 1 to 108.

iii. Put 1 plate on the turntable and put 100 μl of the diluted microbial formulation on the 

plate.

iv. Using a “hockey stick,” sterilized by dipping in ethanol and then holding over a 

Bunsen burner, spread the microbial formulation evenly over the plate as shown in 

Figure 3.2. This step is carried out for each of the dilution. 

v. Incubate the agar gel plates at 30ºC for 2 days. 

vi. Count the colonies in order to find the concentration of the microbial formulation.

Though still used in laboratories to measure the concentration of microbial formulations, the 

Miles and Misra method is fairly old. Some recent methods involving spectrophotometer can 

also be used for this purpose. 
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Figure 3.2: Spreading the microbial formulation on the agar plate using a “hockey stick” and 
turntable.

3.2 Coreflooding experiments for lab-scale evaluation of the effect of microbial 
formulation on oil recovery 

3.2.1 Experimental setup 

The coreflooding experiments were designed to examine the effect of microbial formulation 

on improved oil recovery. Figure 3.3 shows the schematic representation of the coreflooding 

rig. This rig was designed to conduct experiments at simulated reservoir conditions. The 

experimental setup of the coreflooding rig is shown in Figure 3.4. The components of the 

experimental setup for the coreflooding rig, along with their specifications, are listed in Table 

3.2.

Turntable

Agar Plate 

Hockey Stick 

Agar Plates 
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Table 3.2: Components of the coreflooding rig. 

Component Specifications 

Pump Positive displacement pump 

Teledyne ISCO D-series pump 

Model: 260D 

Maximum pressure: 7500 psi 

Flow rate: 0 to 90 ml/min 

Pump capacity: 266.05 ml 

Floating piston fluid accumulator DBR-JEFRI 

Model: 300-10-P 

Capacity: 300 ml 

Maximum pressure: 10,000 psi 

Hassler-type core holder TEMCO RCHR-1.5 

Temperature: 100°C 

Maximum pressure: 3000 psi 

Valves HiP valves 

Maximum operating pressure: 10,000 psi

Overburden pressure Nitrogen gas cylinder 

Flowline Swagelok company 

Tubing diameter: 1/8 inch 

Fittings: union connector, tee connector 

Maximum operating pressure: 10,000 psi
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Figure 3.3: Schematic representation of the coreflooding rig. 
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Figure 3.4: Experimental setup of the coreflooding rig. 

3.2.2 Materials 

Berea sandstone cores were used for coreflooding experiments. Six Berea sandstone cores 

were obtained from Cleveland Quarries, Ohio, USA. Each core was 1.5 in. in diameter and 6 

in. long. The cores were autoclaved at 140ºC for 15 min. This facilitated the transport of 

microbes when injected inside the cores. 

For the experiments, synthetic brine was used as a substitute for connate water. A 2 molar 

brine solution was prepared by dissolving sodium chloride in deionized water. The mixing 

ratio of brine and deionized water was measured gravimetrically. If the weight of water is 

known, then the weight of sodium chloride to be added in order to get a 2 molar brine 

solution can be obtained using equation 3.1: 

NaCl

NaCl water

W =0.02
W +W  (3.1) 

Hassler-type core 
holderPump 

Floating piston fluid accumulator 

Valve 

Overburden pressure
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where WNaCl is the weight of sodium chloride, and Wwater is the known weight of water. 

The equation can be simplified to equation 3.2: 

 (3.2)  

Thus, the brine solution is prepared by adding the calculated amounts of deionized water and 

sodium chloride. The solution should be thoroughly mixed to completely dissolve the sodium 

chloride in water. The density of the brine solution can be measured using an Anton-Paar 

Densitometer, and the viscosity can be measured using a Canon-Fenske Viscometer. 

However, these values are used as measured by Agbalaka (2006). 

Two kinds of fluids were used for the coreflooding experiments. Pure n-decane was used to 

perform the experiments on the first two core samples (Core #1 and Core #2). An oil sample 

from ANS oil fields was used to perform corefloods on the remaining core samples (Core #3, 

Core #4, Core #5, and Core #6). 

3.2.3 Method 

The procedure for conducting the coreflooding experiments was as follows: 

i. The weight of the dry core sample was measured using a weigh scale before it was 

flooded.

ii. The cores were saturated with the 2 molar brine solution in a flask under vacuum for 

at least one week. This allowed the brine to achieve ionic equilibrium with the core 

samples. 

iii. The cores were weighed after they were saturated with the brine solution. The pore 

volume of the core was calculated using equation 3.3. 

wet core dry core

brine

W -W
PV = 

�
 (3.3) 

where

NaCl waterW = 0.0204×W



42

PV is the pore volume of the core sample, 

Wwet core is the weight of the core sample saturated with brine solution, 

Wdry core is the weight of the dry core sample, and 

�brine  is the density of the brine solution. 

The bulk volume of the core samples was calculated using equation 3.4: 

2�d lBV=
4

 (3.4) 

where

BV is the bulk volume of the core sample, 

d is the diameter of the core sample, and 

l is the length of the core sample. 

The porosity (�) of the core sample is calculated using equation 3.5: 

PV�(%) = ×100
BV  (3.5) 

iv. The core sample was loaded in the Hassler-type core holder, and an overburden 

pressure of 500 psi was applied in the radial direction. The brine was injected using 

high-pressure injection at the flow rate of 10 ml/min from a floating piston fluid 

accumulator. The brine was not directly injected from the pump, as brine solution can 

cause pump corrosion. The pump was filled with deionized water to avoid the 

corrosion. Coreflooding was conducted until a constant differential pressure across 

the core sample was reached. This ensured achievement of a steady-state condition 

which is necessary for accurate determination of absolute permeability. The core 

sample was weighed again after the brine injection. 
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v. Absolute permeability of the core was determined by application of Darcy’s law for 

linear flow through porous media. The expression for Darcy’s law is given in 

equation 3.6: 

 brineQ.� .lk =
�P.A

 (3.6) 

where

k is the absolute permeability of the core sample, 

Q is the flow rate of the brine injection, 

μbrine is the viscosity of the brine solution, 

�P is the differential pressure across the core sample, 

A is the cross-sectional area of the core sample, and 

l is the length of the core sample. 

The differential pressure is calculated using equation 3.7: 

�P = Pinlet - Poutlet (3.7)

where Pinlet is the inlet pressure noted from the ISCO pump, and Poutlet is the outlet 

pressure, i.e., atmospheric pressure.  

vi. The core sample was then flooded with crude oil at a constant pressure of 300 psi to 

achieve initial water saturation. The flooding resulted in displacement of water from 

the core. The displaced water was collected in a graduated cylinder. The displacement 

of water by the oil was continued until no water was produced. The initial water 

saturation or the connate water saturation was calculated using equation 3.8: 

� �brine
wi

PV-V
S (%) = ×100

PV
 (3.8) 
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where wiS  is the initial water saturation or the interstitial water saturation or the 

connate water saturation, and Vbrine is the volume of brine displaced by the oil from 

the core 

vii. The core sample was shut in the core holder for at least 5 days to achieve reservoir 

conditions.

viii. The core was then injected with a 2 molar brine solution at a constant flow rate of 0.1 

ml/min to simulate the waterflooding process. As brine solution was injected in the 

core, oil was produced from the core. The oil was collected in a graduated cylinder. 

Brine was injected in the core until no more oil was produced. Oil saturation achieved 

by waterflooding is called residual oil saturation. Oil saturation was calculated using 

equation 3.9: 

brine oil
or

(V -V )S (%) = ×100
PV  (3.9) 

where Sor is the residual oil saturation, and Voil is the volume of the oil produced by 

waterflooding

Waterflooding was carried out on only two cores: Core #1 and Core #6.  

ix. Core #2, Core #3, Core #4, and Core #5 were injected with the microbial formulation 

to produce oil. The microbial formulation was used when the microbes were in the 

growth phase of their life. The microbial formulation was injected in the cores until 

no more oil was produced, that is, until residual oil saturation was attained. Core #3 

and Core #6 were injected with the microbial formulation after the waterflooding 

process. Since the cores were already at residual oil saturation, there was no more oil 

production from these cores. 

x. Oil recovery after this process is calculated by equation 3.10: 

oil

brine

VRecovery (%) = 100
V

�  (3.10) 
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xi. After the microbial formulation injection, the core sample was shut in for a week. 

This gave the microbes time to perform their metabolic activity and produce 

biosurfactants. Core #3 was kept in contact with the microbial formulation for 2 

months in a conical flask. The conical flask was tightly corked to avoid oxidation of 

the oil.

xii. A core was produced after a week’s shut-in period with the brine solution. The 

recovery of oil in this process is called as the incremental oil recovery. It was 

calculated using equation 3.11: 

increase oil

brine oil

VIncremental Recovery(%)= ×100
(V -V )

 (3.11) 

where Vincrese oil is the increase in the recovery of oil due to injection of microbial 

formulation.

3.3 Determination of effect of microbial formulation on composition of oil sample 

3.3.1 Equipment 

The newly acquired Thermo gas chromatograph (Model: Trace GC Ultra) for measuring gas 

and oil compositions is shown in Figure 3.5. This chromatograph is equipped with a flame 

ionization detector (FID) and a thermal conductivity detector (TCD).  



46

Figure 3.5: Thermo gas chromatograph. (Alurkar, 2007). 

Simulated distillation (SimDist) technique was used to analyze crude oil composition. Based

on separation using gas chromatography (GC), use of SimDist is widespread in the petroleum 

industry for evaluation of fossil fuels as well as petroleum feeds and cuts produced by 

refining and conversion processes. SimDist is based on the assumption that components of 

crude oil elute in order of their boiling points. Through a calibration curve relating the 

boiling point of normal paraffins to their elution temperature or retention time, SimDist 

provides the hydrocarbon distribution of the sample (in weight percent) versus the boiling 

range of the fraction. The operating conditions used for SimDist are tuned to be in agreement 

with preparative distillation that gives the true boiling point (TBP) curve. The components of 

the experimental setup used to determine the composition of the oil samples are listed in 

Table 3.3. 

Thermo Gas 
Chromatograph 

Column 

Display 

Injector 

Helium Gas 
Cylinder
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Table 3.3: Components of gas chromatography.

Component Specifications 

Column Thermo TR-SimDist capillary column 

Length: 10 m 

Diameter: 0.53 mm (ID) 

Oven Program Start temperature: 35°C hold for 1.5 min 

Ramp: 10°C per minute 

Final temperature: 350°C hold for 10 min 

Carrier Gas Ultra pure grade helium 

Flow rate: 15 ml/min 

Injector Split injection 

Split ratio: 20:1 

Sample injection volume: 1 μl 

Injector temperature: 350°C 

Detector FID

Base body temperature: 350°C 

Hydrogen flow rate: 35 ml/min 

Air flow rate: 350 ml/min 

Make up gas (helium) flow rate: 30 ml/min 

Reference Standard ASTM D 2887 calibration mix 

3.3.2 Calibration of the gas chromatograph 

ASTM D2887 calibration mix was used for calibrating the gas chromatograph. Methylene 

chloride (chromatographic grade) was used as the solvent to prepare solutions with different 

concentrations of the calibration mix. This was done in order to calibrate the FID to detect 

the components over a range of concentrations. The composition of the calibration mix is 

given in Table 3.4. 
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Table 3.4: Composition of the calibration mix. 

Elution order Compound Concentration
(% wt/wt) 

Purity
(%) 

Uncertainty
(%) 

1 n-Heaxane (C6) 6 99 +/- 0.02 

2 n-Heptane (C7) 6 99 +/- 0.02 

3 n-Octane   (C8) 8 99 +/- 0.02 

4 n-Nonane  (C9) 8 99 +/- 0.02 

5 n-Decane (C10) 12 99 +/- 0.02 

6 n-Undecane (C11) 12 99 +/- 0.02 

7 n-Dodacane (C12) 12 99 +/- 0.02 

8 n-Tetradecane (C14) 12 99 +/- 0.02 

9 n-Hexadecane (C16) 10 99 +/- 0.02 

10 n-Octadecane  (C18) 5 99 +/- 0.02 

11 n-Eicosane (C20) 2 99 +/- 0.1 

12 n-Tetracosane (C24) 2 99 +/- 0.1 

13 n-Octacosane (C28) 1 99 +/- 0.1 

14 n-Dotriacontane (C32) 1 99 +/- 0.1 

15 n-Hexatriacontane (C36) 1 99 +/- 0.1 

16 n-Tetracontane (C40) 1 99 +/- 0.1 

17 n-Tetratetracontane (C44) 1 99 +/- 0.1 

Solvent Methylene chloride  99.8  

In order to calibrate the equipment, 1 μl solution of the calibration mix in the methylene 

chloride solvent was injected in the gas chromatographer. A run was made as per the oven 

program for simulation-distillation method. The components were eluted depending on their 

boiling points. A component with a lower boiling point was eluted earlier than one with a 

higher boiling point. Figure 3.6 shows the chromatogram for one of the calibration solutions. 
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Figure 3.6: Chromatogram of calibration solution for simulated distillation. 

The weight of each component in the calibration mix was known. The response factor for the 

component was calculated with the weight and the area under the peak of that component. 

Equation 3.12 was used to calculate the response factor: 

WK=
A  (3.12) 

where

K is the response factor for a component, 

W is the weight of the component in the calibration mix, and 

A is the area under the peak of the component from the chromatogram. 
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Response factors of n-paraffins were calculated over a wide range of concentrations, and 

averaged to get the best fit. The response factors of n-paraffins not present in the standard 

calibration mix were extrapolated from the plot of carbon number vs. response factor.

Once the chromatographer was calibrated, the sample to be analyzed was injected. The 

analysis was run as per the oven program to perform a simulated distillation. Equation 3.13 

was used to calculate the weight of a component in the unknown samples. 

unknown unknownW = k×A  (3.13) 

where Wunknown is the weight of the component in the unknown sample, and Aunknown is the 

area under the peak of the component in the unknown sample. 

The gas chromatographer was used to determine the composition of the oil sample before and 

after microbial treatment. 

3.4 Density measurement of the oil sample at the stock tank conditions 

3.4.1 Equipment 

The density of the oil sample was measured to see the effect of microbial treatment on 

density. Density was measured using the Anton-Paar digital density meter DMA 45. The 

experimental setup for density measurement consisted of the Anton-Paar digital density 

meter and a temperature bath (Brookfield TC-500). Figure 3.7 shows the experimental setup 

for density measurement. 

The density meter determines the density of liquids and gases by electronically measuring the 

period of oscillation. The temperature bath maintains the temperature by circulating an 

ethylene glycol mixture in water. The calibration of the equipment is necessary before 

measurement of density. 
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Figure 3.7: Experimental setup for density measurement. 

3.4.2 Method of calibration 

In order to calibrate the density meter, the two calibration constants A and B were needed. To 

determine the constants A and B, water and air were injected in the density meter. The 

following procedure was used to calibrate the density meter: 

i. The desired temperature was set and allowed to attain equilibrium.  

ii. The dial on top of the density meter was positioned at “T.”  

iii. Air was injected in the density meter, and the period of oscillation for air was noted. 

Similarly, the period of oscillation for water was measured also. 

iv. The density of air at a particular temperature was calculated using equation 3.14: 

� �a
0.0012930 P� = ×

1+ 0.00367×t 760
� �
� �
� �  (3.14) 

Temperature Bath 
Anton-Paar
density meter 
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where

�a is the density of air at the specific temperature, g/ml, 

t is the temperature, °C, and 

P is the barometric pressure, torr. 

The density of water at various temperatures was obtained from the table of the 

density of water from Laboratory Manual for standard ASTM D 4052-96 (1996).

v. The period of oscillation and density values for air and water were used to calculate 

the calibration constants from equation 3.15 and equation 3.16: 

� �
� �

2 2
w a

w a

T  - T
A=

�  - �  (3.15) 

2
a aB=T - (A×� )  (3.16) 

where

A and B are the calibration constants at temperature, t,

Tw is the period of oscillation for water, 

Ta is the period of oscillation for air, and 

�w is the density of water at the temperature, t, g/ml. 

The constants A and B for various temperatures are listed in Table 3.5. 
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Table 3.5: Calibration constants for Anton-Paar density meter. 

Temperature 
(°C)

Density of
water 
(g/ml) 

Density of 
air

(g/ml) 
Tw Ta A B

0 0.99984 0.0013 8.028 6.1785 26.313 38.14 

5 0.999964 0.0013 8.0258 6.176 26.305 38.11 

10 0.999699 0.0012 8.0227 6.1738 26.289 38.083 

15 0.999099 0.0012 8.0189 6.1715 26.271 38.055 

20 0.998203 0.0012 8.0146 6.1694 26.251 38.03 

22 0.997769 0.0012 8.0129 6.1688 26.242 38.023 

25 0.995645 0.0012 8.012 6.1679 26.295 38.012 

30 0.995645 0.0012 8.0086 6.1663 26.259 37.993 

35 0.994029 0.0011 8.0049 6.1651 26.257 37.978 

40 0.992212 0.0011 8.0005 6.1639 26.248 37.964 

45 0.990208 0.0011 7.9943 6.163 26.212 37.953 

50 0.98803 0.0011 7.9825 6.1619 26.092 37.941 

The constants A and B for any intermediate temperatures were extrapolated from the plot of 

the temperature against the constants A and B. 

3.4.3 Procedure for measuring density 

The procedure used to measure density is described below: 

i. The temperature bath was set at a constant temperature. Density was measured at 

stock tank conditions, so the temperature bath was set at 15°C.  

ii. The constants A and B were obtained from the table, and the dials at the top of the 

density meter were adjusted accordingly. The dial was positioned at “�.” 

iii. Once the temperature bath reached equilibrium, the oil sample was injected in the 

density meter, and the value of density was noted from the digital meter. 

iv. Two measurements were made for the same oil sample. In between the two readings, 

the density meter was cleaned by injecting toluene and acetone.  
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3.5 Viscosity measurement of oil samples at stock tank conditions 

3.5.1 Equipment 

The viscosity of oil samples was measured to study the effect that microbial treatment had on 

them. The experimental setup for viscosity measurement included a viscometer and a 

temperature bath to control the temperature. A Brookfield Programmable DV II+ Viscometer 

was used to measure viscosity, and a Julabo FP-50 Refrigerated/Heating Circulator was used 

for the temperature bath. Figure 3.8 shows the viscometer, and Figure 3.9 shows the 

temperature bath. 

Figure 3.8: Brookfield Viscometer. 
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Figure 3.9: Julabo FP-50 refrigerated/heating circulator. 

3.5.2 Procedure for measuring viscosity 

The following is the procedure used to measure the viscosity of oil samples: 

i. Turned on the temperature bath. EasyTemp computer software was used to control 

the temperature bath. 

ii. Once the equilibrium was achieved, the viscometer was turned on.  

iii. The spindle was removed, and any key was pressed in order to auto-zero the 

viscometer. 

iv. The spindle was replaced. The oil sample was taken in the cylinder, and the spindle 

was immersed in the oil sample. Any key was pressed. 

v. WinGather computer software was executed on a computer. The PC program was 

turn on in the options menu of the viscometer. 

vi. Up to 20 of the custom speeds were selected from the setup menu of the viscometer. 

vii. The motor was turned on and the viscosity reading was noted. 
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viii. The speed of the motor was changed by using the arrow buttons and pressing set 

speed.

ix. Viscosity readings for all selected speeds were noted and saved in the computer using 

WinGather. 

3.6 Terminal Restriction Fragment Polymorphism (T-RFLP) of the oil samples 

Microbial communities can exhibit an enormous range of complexity—from those with a 

mere handful of populations (Preston et al., 1996) to those with thousands of species derived 

from all three domains of life (Friedrich et al., 2001; Kudo et al., 1998; Schmitt-Wagner et 

al., 2003; Torsvik et al., 1990). In order to analyze any microbial community, identifying the 

diversity of species present is often the first step. This in itself is a very difficult task, as the 

majority of microbes present in most communities have not yet been cultivated (Amann et 

al., 1995; Staley and Konopka, 1985). For community analysis, genetic fingerprinting 

techniques allow the comparative profiling of many environmental samples and thus 

facilitate the spatial and temporal analysis of microbial communities in ecosystems. In this 

experiment, the oil sample from the ANS oil field, the developed microbial formulation, the 

oil sample extracted from the core after one week shut-in period, and the oil sample extracted 

from the core kept in contact with the microbial formulation for two months were analyzed 

for the microbial communities. Terminal restriction fragment length polymorphism (T-

RFLP) is one of the approaches used for community analysis, commonly referred to as 

genetic fingerprinting. T-RFLP analysis is based on restriction endonuclease digestion of 

fluorescently end-labeled PCR products (in this case 16S RNA gene). Digested products are 

separated by gel electrophoresis and detected on an automated sequencer. The method 

provides distinct profiles (fingerprints), dependent on the species composition of the 

communities of the samples. T-RFLP has been used as an effective tool in the dissection of 

microbial communities (Bruce and Hughes, 2000; Kitts, 2001; Kuske et al., 2002; Marsh, 

1999; Marsh et al., 2000). The general protocol for T-RFLP is presented in Figure 3.10. 
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Figure 3.10: General protocol for T-RFLP (Grüntzig et al., 2002). 

The T-RFLP method includes DNA extraction followed by PCR amplification. The primer 

set is usually a fluorescently 5�-labeled forward primer annealing to the 3� end of the 

antisense strand and an unlabeled reverse primer annealing to the 3� end of the sense strand of 

the template marker gene (here the 16S rRNA gene). The PCR reaction thus results in double 

stranded DNA fragments all labeled in the 5� end of the sense strand.

The PCR reaction is followed by restriction enzyme digestion, whereby each DNA fragment 

renders one labeled terminal fragment and one or more unlabeled fragment. The DNA 

fragments are then separated (±1 to 2 bases, depending on the total fragment length) by 

electrophoresis on the ABI sequence analyzer, where the labeled fragments are recognized by 

the fluorescence detector. Internal standards (labeled fragment length markers) are included 

in each sample.  

The resulting chromatogram reveals the size-fragments present in the sample as well as the 

relative quantitative distribution among them. By this means, it is possible to compare 
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samples according to the presence/absence of peaks as well as relative distribution among the 

peaks.

The DNA of the microbial community from all the samples is extracted by a method using 

zirconia beads and a stool kit, as mentioned by Tanaka et al. (2002). Usually DNA is isolated 

because it is more stable than RNA. The DNA is extracted from the cells because PCR 

cannot be performed on the cells.  

The following procedure was followed for DNA extraction: 

i. Ordered a QIAamp DNA Stool Mini Kit from Qiagen Inc., Valencia, CA, USA. 

ii. Mixed the sample with 2 volumes of zirconia beads (0.1 mm diameter; BioSpec 

Products, Inc., Bartlesville, OK, USA) and 7 volumes of ASL buffer from the 

QIAamp DNA Stool Mini Kit. Made 2 replicates for each sample to avoid 

contamination. 

iii. Homogenated the mixture with a Mini-Beadbeater at 560 g for 1 min. The Mini-

Beadbeater used is shown in Figure 3.11. 

Figure 3.11: Mini-Beadbeater. 
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iv. Incubated the homogenized sample at 70°C for 5 min in a water bath. 

v. Centrifuged the sample using a microcentrifuge. The extracted DNA remained in the 

aqueous phase, and this DNA was purified with a QIAamp DNA Stool Mini Kit. The 

microcentrifuge used for centrifugation is shown in Figure 3.12. 

Figure 3.12: Microcentrifuge. 

vi. Pipetted 1.2 ml of the supernatant into a new 2 ml microcentrifuge tube, and 

discarded pellet. 
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vii. Added 1 InhibitEX tablet to each sample and vortex immediately and continuously 

for 1 min or until the tablet was completely suspended. Incubate dsuspension for 1 

min at room temperature to allow inhibitors to adsorb to the InhibitEX matrix. 

viii. Centrifuged sample at full speed for 3 min to pellet inhibitors bound to InhibitEX. 

ix. Pipetted all the supernatant into a new 1.5 ml microcentrifuge tube, and discarded the 

pellet. Centrifuged the sample at full speed for 3 min. 

x. Pipetted 15 μl Proteinase K into a new 1.5 ml microcentrifuge tube. 

xi. Pipetted 200 μl supernatant from Step (ix) into the 1.5 ml microcentrifuge tube 

containing Proteinase K. 

xii. Added 200 μl Buffer AL and vortexed for 15 s. 

xiii. Incubated at 70°C for 10 min in water bath. 

xiv. Added 200 μl of ethanol (96–100%) to the lysate, and mixed by vortexing.  

xv. Labeled the lid of a new QIAamp spin column placed in a 2 ml collection tube. 

Carefully applied the complete lysate from Step (xiv) to the QIAamp spin column 

without moistening rim. Closed the cap and centrifuged at full speed for 1 min. 

Placed the QIAamp spin column in a new 2 ml collection tube and discarded the tube 

containing the filtrate. 

xvi. Carefully opened the QIAamp spin column and added 500 μl Buffer AW1. 

Centrifuged at full speed for 1 min. Placed the QIAamp spin column in a new 2 ml 

collection tube and discarded the collection tube containing the filtrate. 

xvii. Carefully opened the QIAamp spin column and added 500 μl Buffer AW2. 

Centrifuged at full speed for 3 min. Discarded the collection tube containing the 

filtrate. 

xviii. Transferred the QIAamp spin column into a new labeled 1.5 ml microcentrifuge tube 

and pipetted 40 μl Buffer AE to one replicate and 50 μl Buffer AE to the other 

replicate directly onto the QIAamp membrane. Incubated for 1 min at room 

temperature, then centrifuged at full speed for 1 min to elute DNA. 

After the extraction of DNA, PCR reaction was performed on the samples for amplification 

of the DNA using the method suggested by Leigh et al. (2007). The PCR reactions were 

performed on all the replicates: one sample with E. coli DNA in it as a pure culture (used as a 
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positive control) and one negative control with no DNA. The PCR reaction resulted in 

multiple copies of the 16S rRNA gene—the gene which is responsible for protein synthesis 

in the cell and present in all bacteria. This gene acts as a marker of the bacteria; it is present 

in the database and can be used for sequencing after the T-RFLP. The database, however, 

only gives possible matches and can be objectionable at times. The DNA samples were PCR-

amplified using primers 27F and 1392R targeting eubacterial 16S rRNA genes (Johnson, 

1994). Primer 27F was labeled with 6-carboxyfluorescien (6-FAM) on the 5� end. PCR was 

performed by initially amplifying a 1 ng template with 5 pmol primer in a 25 μl reaction 

using a thermocycler program of 95°C for 9 min, then 25 cycles of 95°C for 1 min, 59°C for 

1 min, 72°C for 1 min 40 s, and final extension at 72°C for 10 min, followed by a 

reconditioning step in which 5 μl aliquots of initial PCR product were transferred to new 

reactions and amplified for 3 cycles under the same PCR conditions, except in 50 μl volumes 

with 10 pmol primers. Figure 3.13 shows the thermocylcer used for the PCR purification. 

Figure 3.13: Thermal cycler. 

Wells for PCR 
tubes
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Agarose gel electrophoresis was employed to check the progression of  restriction enzyme 

digestion, to quickly determine the yield and purity of a DNA isolation or PCR reaction, and 

to size fractionate DNA molecules, which then could be eluted from the gel. The PCR 

mixture with amplified DNA was put in a well in an agarose gel slab. Under the influence of 

electric supply, the DNA, which is negatively charged, moved toward the positive electrode. 

The longer the DNA strand, the slower it will move. When compared with the molecular 

weight, the sample gives the size of the DNA strand. The equipment for the electrophoresis 

method included horizontal gel electrophoresis apparatus, a gel casting platform, gel combs, 

and DC power supply. The procedure for the electrophoresis is described below: 

i. The gel was prepared by mixing 1.2 g of electrophoresis-grade agarose into 100 ml of 

electrophoresis buffer (1x TAE). The mixture was cleaned by melting in the 

microwave oven.  

ii. The mixture was cooled and then poured into a sealed gel-casting platform. The gel 

comb was inserted in order to make wells or slots. 

iii. The seal was removed from the gel casting platform after the gel was hardened. The 

gel comb was withdrawn.  

iv. The gel-casting platform was placed into an electrophoresis tank containing sufficient 

electrophoresis buffer to cover the gel. 

v. DNA samples were prepared by adding 1 μl of loading buffer (dye) to 10 μl of the 

samples, the negative control and the positive control. Also, a molecular weight 

marker sample was prepared by adding 1 μl of the dye to 5 μl to the marker. These 

samples were loaded into the wells with a pipettor. 

vi. The electrophoresis was run by attaching the leads at 100 volts for 45 minutes. The 

leads were attached such that the DNA migrated to the anode or positive lead.

vii. The power supply was turned off when dye from the loading buffer had migrated a 

distance judged sufficient for separation of the DNA fragments. 

viii. The gel was first stained with 0.5 μg/ml ethidium bromide for 10 to 30 min. Ethidium 

bromide is a potential carcinogen, so gloves must be worn when handling it. 

ix. The stained gel was photographed on a UV transilluminator using AlphaImager. 

Figure 3.14 shows the used UV transilluminator. 
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Figure 3.14: UV transilluminator. 

The experimental setup for the agarose gel electrophoresis is shown in Figure 3.15. 

Digital camera 

Platform 
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Figure 3.15: Experimental setup for agarose gel electrophoresis. 

PCR products of all the samples and positive control were purified using the Qiaquick PCR 

purification kit (Qiagen, Valencia, CA, USA). The procedure used for the PCR purification is 

described below: 

i. Added 500 μl of Buffer PBI to 100 μl of the PCR sample and mixed by vortexing; it 

is checked whether the color of the mixture is yellow. 

ii. Placed a QIAquick spin column in a provided 2 ml collection tube. 

iii. Applied the sample to the QIAquick column to bind DNA and centrifuged for 30 to 

60 s. 

iv. Discarded the flow-through. Placed the QIAquick column back into the same tube. 

v. To wash, added 0.75 ml Buffer PE to the QIAquick column back in the same tube. 

Centrifuged the column for an additional 1 min. 

vi. Placed QIAquick column in a clean 1.5 ml microcentrifuge tube. 

vii. Added 30 μl of nuclease-free water to the center of the QIAquick membrane for 

increased DNA concentration. Let the column stand for 1 min, and then centrifuged. 

Power supply to provide 
the required voltage 

Electrodes

Gel-casting 
platform 

Gel electrophoresis 
apparatus

Gel comb 
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NanoDrop was used to quantify the purified PCR products for DNA concentration by UV 

spectrophotometry. Figure 3.16 shows the NanoDrop apparatus used to quantify the PCR 

products.

Figure 3.16: NanoDrop apparatus. 

The purified PCR products were digested with restriction endonucleases. A digestion mixture 

was prepared for all samples and for positive control. A total of 40 ng of each sample was 

digested with HhaI endonuclease (New England Biolabs, Beverly, MA, USA) in reaction 

volumes of 15 μl by incubating at 37°C for 3 h in a water bath. The digest for each sample 

was precipitated by adding 1.5 μl sodium acetate (0.75 M), 0.3 μl glycogen (molecular 

biology grade), and 47 μl ethanol (100%). Also, an undigested aliquot (10–20 ng) of positive 

control was precipitated by adding the above-mentioned components. The mixture was 
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incubated overnight at room temperature in the dark. The incubated mixture was spun at 

maximum speed for 35 min at room temperature. The mixture was transferred to a 1.5 ml 

tube, and 100 μl of cold ethanol (70%) was added to the mixture. The mixture was allowed to 

stand for 5 min and then spun at maximum speed for 20 min. The supernatant mixture was 

dried completely in the DNA Speed Vac. Figure 3.17 shows the DNA Speed Vac used for 

drying the supernatant mixture. 

Figure 3.17: DNA Speed Vac. 

The dried pellet of each sample was suspended in a mixture of 14.5 μl of HiDi formamide 

and 0.5 μl of BioVentures ladder. The mixture was mixed by vortexing and set aside for 5 to 

10 min. The mixture was transferred to the MicroAmp plate, and then was denatured for 6 

min at 97°C using the thermocycler. T-RFLP fingerprinting was carried out on an ABI 3100 

genetic analyzer. Figure 3.18 shows the genetic analyzer used for T-RFLP fingerprinting. 
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Figure 3.18: AB 3100 Genetic Analyzer. 

3.7 Isolation and assessment of indigenous surfactant-producing microbes 

3.7.1 Enrichment culture conditions 

Enrichment culture methods are a valuable tool for obtaining microbes from the 

environment, particularly microbes in low abundance such as those present in crude oil. The 

general methodology involves adding an inoculum (crude oil) to a sterile liquid microbial 

growth medium and incubating on a shaker until substantial growth is observed. This mixed 

culture is then amenable to further study, such as through the isolation and identification of 

various strains. In this study, enrichment cultures were established using five different ANS 

oils in order to first generate a high-biomass mixed culture of indigenous ANS 

microorganisms. In order to detect a broad range of microbes with a variety of growth 

requirements, enrichment cultures were established using a variety of media at different 

temperatures. The media were selected to support growth of populations that utilize a range 

of different carbon sources, including sugars and proteins or petroleum hydrocarbons. 

Enrichment cultures were incubated on rotary platform shakers and shaken constantly at 200 
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rpm. Table 3.6 summarizes the volumes, inocula, media, and incubation temperatures of each 

of the enrichment cultures established.  

Table 3.6: Volumes, inocula media, and incubation temperatures of the enrichment cultures. 

Note: Oil samples comprise the inoculum, with the exception of one culture in which Exxon Valdez Oiled Rock was provided as inoculum in 
addition to Prudhoe Bay crude oil.

Media formulations used for enrichment cultures are presented in Table 3.7. 

Medium Date Inoculated Medium volume (ml) Oil volume (μl) Inoculum Incubation 
temperature (°C)

5/12/2008 10 100 Prudhoe Bay-W 25
5/16/2008 100 200 Milne Point 25
5/16/2008 100 200 Kuparuk 25
5/16/2008 100 200 Prudhoe Bay-P 25
5/16/2008 50 100 Prudhoe Bay-W 25
5/16/2008 100 200 West-Sak (D Sand) 25
4/28/2008 100 100 Milne Point 25
4/28/2008 100 100 Kuparuk 25
4/28/2008 100 100 Prudhoe Bay-P 25
4/28/2008 100 100 Prudhoe Bay-W 25
4/28/2008 100 100 West-Sak (D Sand) 25
5/16/2008 100 200 Milne Point 25
5/16/2008 100 200 Kuparuk 25
5/16/2008 100 200 Prudhoe Bay-P 25
5/16/2008 100 200 Prudhoe Bay-W 25
5/16/2008 50 100 West-Sak (D Sand) 25

1/23/2008 100 500 Prudhoe Bay + Exxon 
Valdez Oiled Rock 25

6/2/2008 100 200 Milne Point 30
6/2/2008 100 200 Kuparuk 30
6/2/2008 100 200 Prudhoe Bay-P 30
6/2/2008 100 200 Prudhoe Bay-W 30
6/2/2008 100 200 West-Sak (D Sand) 30

LB Broth

Bushnell-Haas Broth

Modified Bushnell-Haas Broth

Basal Mineral Liquid Medium 
(BM liquid)



69

Table 3.7: Media formulations used for enrichment cultures. 

Figure 3.19: Several enrichment cultures on a rotary platform shaker.  

Medium Ingredient Mass (g) 
per liter

Primary carbon 
source(s) for microbial 

growth
Bacto tryptone 10
Yeast extract 5
NaCl 10
* adjust pH to 7.5 with NaOH
MgSO4 0.2
CaCl2 0.02
KH2PO4 1
(NH4)2HPO4 1
KNO3 1
FeCl3 0.05

Bushnell-Haas Broth (above) 1 liter

Glucose 2
Na2HPO4 2.13
KH2PO4 1.3
NH4Cl 0.5
MgSO4.7H2O 0.2

Glucose

Crude oil (inoculum)

* Purchased as pre-mixed powder.          Add 3.7 g 
mix to 1 l water.

Proteins and yeast 
extract

Crude oil (inoculum)

LB Broth

Bushnell-Haas Broth

Modified Bushnell-Haas 
Broth

Basal Mineral (BM) Liquid
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3.7.2 High throughput screening for microbial biosurfactant production 

Following growth in enrichment culture flasks, a dilution series of the enrichment culture 

was created using sterile water, and dilutions were then spread onto nutrient agar plates as 

described previously (Figure 3.2). Agar plates were incubated at 25°C until colonies had 

grown. Bacterial colonies are the result of a single organism that has grown, thus each colony 

should represent a different organism from the enrichment culture. Up to 96 colonies per 

enrichment culture were then individually subjected to high-throughput screening for 

surfactant production adapted from Chen et al. (2007). To perform the assay, sterile, 

transparent 96-well microassay plates were used. Each well of the 96-well plate was first 

filled with 150 μl of sterile M9 medium (refer to Table 3.8 for recipe). Colonies were then 

individually picked using sterile toothpicks, and inoculated into the wells of the 96-well 

plates. One well was left uninoculated to serve as a reference. Plates were incubated for 1 

week at 25°C. Following incubation and cell growth, an optical distortion assay was used to 

identify colonies that caused a reduction in the surface tension of the medium in the clear 

plastic 96-well plate. To visualize the change in surface tension, the clear plate was held over 

a black and white grid pattern. Optical distortion of the grid in the form of enlargement 

indicates high surface tension, while reduction in grid size indicates a reduction in surface 

tension relative to the uninoculated medium. The optical distortion assay is illustrated in 

Figure 3.20. 
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Table 3.8: Formulation of M9 medium. 

Figure 3.20: Optical distortion assay for detecting surface tension reduction. The well labeled 
A contains water, while the well labeled B contains a biosurfactant. (Reprinted from Chen et 
al., 2007.) 

3.7.3. Isolation of biosurfactant-producers 

When the optical distortion assay produced a positive response, indicating reduction in 

surface tension, then bacteria present in the positive wells were selected for isolation. 

M9 basal medium
Component Quantity (g per l)
Na2HPO4 6.00
KH2PO4 3.00
NaCl 0.50
NH4Cl 1.00

M9 salts
Component Quantity (g per 100 ml M9 salts)
MgSO4*7H2O 2.46
CaCl2 0.15

Procedure:
Prepare M9 basal medium
Autoclave to sterilize
Add 10 ml M9 salts per liter M9 medium
Add 10 ml sterile 20% glucose as carbon source
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Standard microbiological streak-plate methods were used to isolate bacteria from the positive 

wells into pure culture. Organisms were streaked onto a sterile nutrient agar plate and 

incubated at 25°C until colony growth was observed. Then a single isolated colony was 

streaked again (three times total) to ensure purity of the culture. Pure cultures were subjected 

once more to optical distortion assay to verify that the surface-tension reduction properties 

were still present in the pure cultures. 

3.8 Testing surface tension reduction by isolates 

The surface-tension reduction capabilities of pure cultures that tested positively with the 

optical distortion assay were determined more quantitatively using a ring tensiometer. To 

determine the role of media formulation in surface-tension reduction, isolates were first 

grown in liquid culture. Strains were inoculated into both LB and M9 liquid media (Table 3.7 

and 3.8). Liquid cultures were incubated on rotary platform shakers at 25°C and 30°C until 

turbidity was observed, indicating that microbial growth had occurred. Cultures were then 

subjected to centrifugation at 3000 x g for 5 min to remove the cells by pelleting. The cell-

free medium was then subjected to surface tension analysis using a ring tensiometer. For 

reference, the well-characterized biosurfactant-producing MEOR strain Bacillus 

licheniformis RS1 (provided courtesy of Michael McInerney, University of Oklahoma) was 

analyzed in parallel. A schematic diagram of the ring tensiometer apparatus is shown in 

Figure 3.21. 
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Figure 3.21: Ring tensiometer apparatus 

3.9 T-RFLP analyses of several ANS oils and surfactant-producing isolates 

T-RFLP fingerprinting analyses were performed on five different ANS oils used for 

enrichment cultures to compare community composition and to determine presence and 

relative abundance of surfactant-producing isolates. T-RFLPs were prepared from crude oils 

and isolates as previously described. Peaks corresponding to surfactant-producing isolates 

were compared to peaks present in oils to determine whether these isolates were present and, 

if so, at what relative abundance.
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CHAPTER 4: RESULTS AND DISCUSSION 

4.1 Microbial formulation 

The culturing of Bacillus licheniformis shows that for the nutrient medium designed in 

Section 3.1 of this work, the bacteria grows very well at a temperature of 30°C, which is the 

usual reservoir temperature for ANS oil fields. This temperature ensures the proper growth of 

bacteria in the microbial formulation prepared for injection in the core samples for 

coreflooding experiments and in the reservoir for any further pilot or field tests. All the 

experiments involving the microbial formulation can successfully use the designed microbial 

formulation.  

The agar gel plates developed for determining the concentration of microbial formulation 

showed growth of colonies in the first 4 plates. The colonies in the first 2 plates—that is, the 

plates for the microbial formulation and the 1 to 100 dilution of the microbial formulation—

were difficult to count due to the vast number. The number of colonies in the fourth plate—

that is, the plate for the 1 to 104 dilution of the microbial formulation—was small (only 2 

separate colonies). The third plate—the plate for the 1 to 103 dilution of the microbial 

formulation—was used to calculate the number of colonies. The remaining plates—namely, 

the plates for the 1 to 105 dilution of the microbial formulation to the 1 to 108 dilution of the 

microbial formulation—did not show any colonies. This outcome was expected, as it means 

that there has been no contamination during the process of dilution.

There were 80 colony-forming units (CFU) per 100 μl counted from the third plate. Thus, for 

the original microbial formulation used in the experimental work, the concentration was 

calculated as shown in equation 4.1. 

3
580 CFU ×10Concentration = = 80×10  CFU/ml

100 �l  (4.1) 

It was assumed that each colony is a progeny of single stem cells. Thus, the number of 

colonies is equal to the number of cells originally in the solution. The concentration of the 

microbial formulation was 8 x 106 cells/ml. There is always some error in the counting of 
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colonies because colonies overlap. Taking this into consideration, the error in the 

concentration of the microbial formulation can safely be assumed to be 1 x 107 cells/ml. For 

every coreflooding experiment, a fresh 500 ml of microbial formulation of approximately 

equal concentration was made.  

4.2 Porosity and absolute permeability of the cores 

The brine solution used for coreflooding experiments was made as per the calculations given 

in Section 3.2 of this work. In order to make 500 ml of brine solution, 10.20 g of sodium 

chloride is thoroughly dissolved in 500 ml of deionized water. The calculated porosities of 

the cores ranged from 13% to 16%. Calculated porosities for all of the cores are listed in 

Table 4.1. 

Table 4.1: Calculated porosities of the cores. 

Cores Weight of dry core 
(g)

Weight of wet core 
(g)

Pore volume 
(ml)

Porosity
(%) 

Core #1 349.73 374.74 23.98 13.8 

Core #2 342.08 370.34 27.44 15.79 

Core #3 343.44 372.18 25.01 14.39 

Core #4 341.54 367.91 25.6 14.73 

Core #5 345.27 372.18 26.13 15.03 

Core #6 344.81 371.56 25.97 15.42 

After initial waterflooding to determine absolute permeability, the cores were weighed again. 

There is always a slight difference in the weight of the cores before and after waterflooding. 

Though the reason for this variation in the weight is not known, it is attributed to the absence 

or presence of a few extra droplets of brine solution on the body of the core during the 

weighing process. The differences did not follow any particular trend. In 4 cores, the weights 

were higher after waterflooding than they were before waterflooding, whereas in the 2 

remaining cores, weights were lower after waterflooding.  
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Differential pressure across the length of the cores was noted during waterflooding. Absolute 

permeability was calculated at differential pressure when steady state was attained. The 

absolute permeability values of the cores ranged between 27 and 68 md. The absolute 

permeability values of the cores are listed in Table 4.2. The pressure drop profile for 

determination of absolute permeability for all the cores is shown in Figure 4.1, and the plot 

for porosity and absolute permeability of the cores is shown in Figure 4.2. 

Table 4.2: Absolute permeability of the cores. 

Cores
Differential Pressure 

(psi)
Absolute Permeability 

(md)
Core #1 45 27.16

Core #2 25 48.89

Core #3 20 61.11

Core #4 18 67.9

Core #5 19 64.32

Core #6 20 61.11

Core #1 shows high pressure drop across the core. The core was subjected to initial 

waterflooding three times, but the same differential pressure was obtained every time. Any 

particular reason for the high differential pressure values is not known.



77

0

5

10

15

20

25

30

35

40

45

50

0 2 4 6 8 10 12 14 16 18

Time (min)

D
iff

er
en

tia
l P

re
ss

ur
e 

(p
si)

Core # 1 Core # 2 Core # 3
Core # 4 Core # 5 Core # 6

Figure 4.1: Pressure drop profile for tested core samples. 
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4.3 Irreducible water saturation 

Irreducible water saturation was achieved by injecting crude oil in the core after initial 

waterflooding. Crude oil was injected at a constant pressure of 300 psi using the pump. For 

Core #1 and Core #2, n-decane was injected as a substitute for crude oil, whereas for Core 

#3, Core #4, Core #5, and Core #6, an ANS crude oil sample was injected. When crude oil is 

injected, a brine solution is produced from the core. Oil was injected until there was no more 

brine production. This simulates the process of migration of the hydrocarbons in the 

reservoir. The core was then shut in for a week so that reservoir conditions were reached.  

Irreducible water saturation values for the cores ranged between 32% and 47%. Table 4.3 

gives the irreducible water saturation values for the cores, and Figure 4.3 plots the values. 

Table 4.3: Irreducible water saturation values for the cores. 

Cores Volume of brine produced

(ml)

Irreducible water saturation

Swi (%) 

Initial oil saturation

Soi (%) 

Core #1 15.2 36.62 63.38

Core #2 14.7 46.42 53.58

Core #3 14.3 42.71 57.29

Core #4 17.1 33.01 66.99

Core #5 17.6 32.83 67.17

Core #6 17.4 34.96 65.04
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Figure 4.3: Irreducible water saturations for the cores. 

4.4 Oil recovery 

In this experiment, the conventional waterflooding process was simulated to recover oil from 

core samples. For Core #1 and Core #6, 2 molar brine solution was injected to produce oil, 

whereas for the remaining cores—Core #2, Core #3, Core #4, and Core #5—microbial 

formulation was used to simulate the brine typically used in the waterflooding process.

Oil was produced without any water production until breakthrough was reached. After 

breakthrough was reached, some brine solution or microbial formulation was also produced 

along with oil. It was observed that breakthrough was always reached between 0.5 and 1.0 

PV injection. Oil remaining in the core after the waterflooding process contributes to the 

residual oil saturation. It is the aim of any EOR method to minimize residual oil saturation.  

For the brine injection, the residual oil-saturation value ranged between 29% and 31%, 

whereas for the microbial-formulation injection, the residual oil saturation value ranged 

between 20% and 24%. The oil recovery value for brine injection ranged between 52% and 
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54%, whereas this value ranged between 62% and 68% for microbial formulation. These 

results are in conformation with the findings of Crescente et al. (2005) that, with higher 

concentrations of microbial formulation, there is more oil recovered when the microbial 

formulation is injected at initial oil saturation, that is, without previous waterflooding. Table 

4.4 lists residual oil-saturation values and oil-recovery values for the coreflooding 

experiments. Figure 4.4 shows the plot of residual oil-saturation and oil-recovery values. 

Table 4.4: Residual oil-saturation and oil-recovery values for the coreflooding experiments. 

Cores
Volume of oil 

produced
(ml)

Residual oil
saturation

Sor (%) 
Oil recovery

(%) 
Remarks 

Core #1 8.1 29.61 53.29 Decane, Brine injection 

Core #2 9.2 20.04 62.59 
Decane, Microbial 

formulation injection 

Core #3 9.3 20.1 64.91 
ANS oil, Microbial 

formulation injection 

Core #4 11.6 21.68 67.64 
ANS oil, Microbial 

formulation injection 

Core #5 11.5 23.16 65.53 
ANS oil, Microbial 

formulation injection 
Core #6 9.4 30.8 52.64 ANS oil, Brine injection 
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Figure 4.4: Residual oil saturation and oil recovery for the cores. 

Figure 4.5 to Figure 4.10 show the oil recovery profile in terms of the percentage of oil 

recovered from the injection of brine solution and microbial formulation. The tables listing 

the PV brine injected, volume of oil produced, and oil recovery results for the cores are 

included in Appendix A. 
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Figure 4.5: Oil recovery profile for Core #1 (� = 13.8%, k = 27.16 md).
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Figure 4.6: Oil recovery profile for Core #2 (� = 15.79%, k = 48.89 md). 
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Figure 4.7: Oil recovery profile for Core #3 (� = 14.39%, k = 61.11 md). 
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Figure 4.8: Oil recovery profile for Core #4 (� = 14.73%, k = 67.90 md). 
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Figure 4.9: Oil recovery profile for Core #5 (� = 15.03%, k = 64.32 md). 

B
re

ak
th

ro
ug

h



87

0102030405060

0
0.

2
0.

4
0.

6
0.

8
1

1.
2

1.
4

PV
 B

ri
ne

 I
nj

ec
te

d

Oil Recovery (%)

Figure 4.10: Oil recovery profile for Core #6 (� = 15.42%, k = 61.11 md). 
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4.5 Incremental oil recovery 

Microbial formulation was injected in Core #1 and Core #6 after waterflooding. There was 

no oil production, as the residual oil saturation was already reached. Core #3 was kept in 

contact with the microbial formulation in a tightly corked conical flask for two months. This 

was done to determine whether the variation in shut-in time has any effect on oil recovery. 

All the cores were shut in for one week after the injection of microbial formulation. During 

this week, the microbes were expected to reproduce and use the nutrient media to produce 

bioproducts, including biosurfactants and biogases (mostly carbon dioxide).

The produced biosurfactants reduce interfacial tension between oil and brine in the core. 

Interfacial tension reduction from 38 mN/m to 0.006 mN/m has been reported in literature 

(Kowalewski et al., 2005). Interfacial tension reduction helps by releasing droplets of oil 

captured in the pores. Biosurfactants change the wettability of the system, thus modifying 

relative permeability. The produced biogases help in oil recovery by increasing pressure. 

However, at experimental low pressures, this effect is not considerable.  

Cores are produced by injecting 2 molar brine solution after the shut-in period. The collected 

oil is the incremental oil recovery. This recovery is compared with the residual oil saturation. 

For Core #3, some oil was released in the conical flask, so the mixture of oil and microbial 

formulation was divided into separated graduated cylinders, and the oil and microbial 

formulation was allowed to separate under gravity. Core #3 was also produced in the 

coreflooding rig by injecting brine solution. The produced oil and the released oil, together, 

contributed to the increase in oil recovery. 

The incremental oil recovery due to microbial treatment in Core #1 and Core #6, where the 

microbial formulation was injected after waterflooding, ranged between 7% and 8%. The 

incremental oil recovery for the other cores, where the microbial formulation was injected 

without previous waterflooding, ranged between 11% and 13%. Table 4.5 lists incremental 

oil recovery for the cores. Figure 4.11 shows the plot of incremental oil recovery for all core 

samples. 
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Table 4.5: Incremental oil recovery values for all the cores. 

Cores
Volume of oil produced
due to microbial activity 

(ml)
Incremental oil recovery 

(%) 
Core #1 0.5 7.04

Core #2 0.7 12.73

Core #3 0.6 11.94

Core #4 0.7 12.61

Core #5 0.7 11.57

Core #6 0.6 7.27
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Figure 4.11: Incremental oil recovery for the cores. 

Incremental oil recovery after the one-week shut-in period and the two-month shut-in period 

is between 11% and 13%. It can be concluded that the microbial activity required for 

incremental oil recovery stops before one week. It is possible that the microbial formulation 

reaches a stationary phase before one week passes. The reason for reaching the stationary 

phase could be that all the nutrients are used up by the microorganisms, or there is production 
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of toxins by the microorganisms which inhibit their further growth. It is possible to 

determine the life span of the microbial formulation by shaking the mixture of oil sample and 

microbial formulation in a shaker and observing the concentration of the microorganism in 

the oil as well as the aqueous phases every day. This can be done by setting up agar gel plates 

for equal amounts of the oil and the aqueous phase every day and counting the colonies 

grown over a period of time. This procedure would give a plot of the concentration versus 

time, showing an exponential increase in concentration in the beginning and then no increase 

in concentration. The exponential increase represents the growth phase, whereas no increase 

represents stationary or lag phase. The time needed for the transition from growth phase into 

stationary phase is the life of the microbial formulation. After this time, there is no further 

microbial activity in the microbial formulation. 

4.6 Total oil recovery  

Total oil recovery is the total volume of oil produced from one core sample due to the 

combined effect of the waterflooding process and incremental oil recovery due to microbial 

activity. Total oil recovery for Core #1 and Core #6 was 56.58% and 57.47%, respectively, 

whereas for the other cores it ranged from 67% to 72%. Table 4.6 gives the total oil recovery 

for all cores. Figure 4.12 shows a plot of total oil recovery of the cores. It can be seen that 

there was a decrease in residual oil saturation for all cores. The decrease ranged from 2% to 

3%. Appendix B includes the coreflooding calculations for Core #1. 
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Table 4.6: Total oil recovery for all cores. 

Cores
Volume of oil

produced
by waterflooding 

(ml)

Volume of oil
produced due 

to microbial activity
(ml)

Residual oil 
 saturation 

(Sor)
(%)

Total oil recovery
(%) 

Core #1 8.1 0.5 27.52 56.58 

Core #2 9.2 0.7 17.49 67.35 

Core #3 9.3 0.6 17.71 69.09 

Core #4 11.6 0.7 18.95 71.72 

Core #5 11.5 0.7 20.47 69.52 

Core #6 9.4 0.6 28.49 57.47 
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Figure 4.12: Total oil recovery of the cores. 
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4.7 Compositional analysis 

The working and calibrating procedure for the gas chromatograph is described in Section 3.2 

of this work. The oil sample from the ANS oil field was run in the gas chromatograph. The 

oil sample was centrifuged in order to remove any traces of water, as water can interfere with 

the analysis. Figure 4.13 shows the chromatograph for the oil sample before any microbial 

treatment. Table 4.7 lists the composition of the oil sample before the microbial treatment. 

A similar analysis was run on the oil sample after treatment with microbial formulation. The 

oil sample extracted from the core sample after one week was analyzed. Table 4.8 gives the 

composition of the oil sample after microbial treatment. Figure 4.14 shows the 

chromatograph for the oil sample after microbial treatment. 
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Table 4.7: Composition of oil sample before microbial treatment. 

Component Concentration

(% wt/wt) 

C6 8.1141 

C7 0.4638 

C8 0.9996 

C9 3.1374 

C10 3.1276 

C11 3.5417 

C12 4.5894 

C13 6.5752 

C14 6.1723 

C15 6.9842 

C16 4.6520 

C17 6.3153 

C18 5.7460 

C19 4.9002 

C20 4.6336 

C21 4.6304 

C22 2.4470 

C23 3.8778 

C24 2.1898 

C25+ 16.9025 
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Table 4.8: Composition of oil sample after microbial treatment. 

Component Concentration

(% wt/wt) 

C6 4.53538 

C7 0.02819 

C8 0.22068 

C9 0.84800 

C10 1.45824 

C11 2.74514 

C12 5.67851 

C13 6.99560 

C14 7.71113 

C15 9.75397 

C16 4.76297 

C17 7.15860 

C18 6.90621 

C19 5.56656 

C20 5.36645 

C21 4.53684 

C22 3.11105 

C23 4.06205 

C24 2.43360 

C25+ 16.12081 
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Figure 4.13: Chromatograph of oil sample before microbial treatment. 

Figure 4.1: Chromatograph for the oil sample before microbial treatment. 

Figure 4.14: Chromatograph of oil sample after microbial treatment. 
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It can be seen that there is a slight decrease in the concentration of the C25+ group. This 

slight decrease can be attributed to the microorganisms in the microbial formulation, which 

degrade long-chained hydrocarbons. There is a decrease in the concentration of light carbon 

groups, such as the C6 to C11 groups. This decrease mathematically compensates the increase 

in the concentrations of the middle carbon groups.  

The Bushnell-Haas broth is usually used to study the growth of microorganisms in the 

environment where hydrocarbons can be used as a carbon source. The chemical composition 

analysis of the oil samples shows that the microbes do degrade the long hydrocarbon chains 

into lighter hydrocarbons in order to use them as a carbon source. However, the nutrient 

medium uses sucrose as the carbon source for growth of microorganisms, so the microbes do 

not use the lighter hydrocarbons formed by degradation of long-chained hydrocarbons. The 

biodegrading ability of the microbes, therefore, is used as an advantage by degrading heavy 

oils to lighter oils. 

4.8 Density and viscosity measurement 

The density measurement equipment setup is discussed in Section 3.3 of this work. The 

viscosity measurement equipment setup is discussed in Section 3.4. The density and viscosity 

of the oil sample were measured before and after microbial treatment to determine the effect 

of microbial treatment on the density and viscosity of the oil, if any. These properties are 

usually measured at stock tank conditions in the petroleum industry (stock tank conditions 

represent 15°C and atmospheric pressure). The temperature bath was set, and enough time 

was given for equilibrium to be achieved before the measurement was started. 

The density of the oil sample before microbial treatment was 0.9484 g/cc (i.e., 17.7°API). 

The density of the oil was also measured after extraction of oil from the core after a one-

week shut-in period. The density of the oil sample after microbial treatment was 0.8954 g/cc 

(i.e., 26.5°API). 
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The viscosity of the oil sample was obtained at various motor speeds. The value for the 

lowest motor speed with a torque between 10% and 100% is taken to be the viscosity of the 

oil sample. The viscosity of the oil sample before microbial treatment was 67.5 cp. The 

viscosity of the oil sample after microbial treatment was 50.2 cp.  

The decrease in density and viscosity of the oil can be attributed to biodegradation of the 

higher hydrocarbons in the oil to the lighter hydrocarbons. Also, the strain of the bacteria 

used produced biogases during metabolic activity. These biogases also contributed to the 

decrease in viscosity and density of the oil sample by dissolving in the oil and by swelling of 

the oil. 

4.9 Terminal restriction fragment polymorphism analyses of coreflooding study 

Using the QIAamp DNA Stool Mini Kit, DNA was successfully extracted from the oil 

sample, the broth, the microbial formulation, the oil sample extracted after a one-week shut-

in period, and the oil sample extracted from the core in contact with microbial formulation 

for two months. The procedure for the extraction is discussed in Section 3.6 of this work. The 

composition of the PCR and digestion mixture is shown in Appendix C. The extraction can 

be confirmed from the photograph of the agar gel taken from the UV transilluminator after 

the agarose gel electrophoresis of the PCR products. Figure 4.15 shows the photograph of the 

gel.
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Figure 4.15: Agarose gel of the PCR products. Lanes: A, molecular weight marker; B,
positive control; C, negative control; D and E, oil sample from the ANS oil field; F and G,
the nutrient media for the microbes; H and I, the microbial formulation; J and K, the oil 
sample extracted after a one-week shut-in period; and L and M, the oil sample extracted after 
a two-months shut-in period. 

The gel shows a band for all the samples except for the negative control, demonstrating that 

there has not been any contamination until the PCR reaction. However, the nutrient media for 

the microbes, that is, the broth for the microbial formulation, show a band in the gel. The 

broth should be sterile, but the gel shows that there has been extraction of DNA from it. This 

contamination occurred because the broth was transferred in a non-sterile tube before DNA 

extraction. The broth was kept in sterile condition, however, during preparation of the 

microbial formulation, so it can be expected that contamination was not carried forward to 

the microbial formulation. Since the broth used for DNA extraction was contaminated, it was 

not considered for further analysis. The band for the oil samples in lanes J, K, L, and M

A B C D E F G H I J

A K L M
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shows smudge at the beginning, but the band to be considered is very bright as compared 

to the smudged bands. Thus, the smudge can be neglected. 

The PCR products of all the samples and the positive control were purified using the 

QIAquick PCR purification kit. The purified products were quantified for the concentration 

of DNA by using the NanoDrop. Figure 4.16 shows the chromatogram obtained from the 

NanoDrop for the purified PCR products. 

Figure 4.16: NanoDrop chromatogram of the purified PCR products. 

The chromatogram shows a peak at the wavelength of 260 nm for all samples, which 

confirms the finding of the agarose gel electrophoresis that every sample has some DNA in 

it. As per the concept of the NanoDrop, the DNA concentration of a sample is linear to the 

absorbance between the ranges of 0.1 and 1.00 mm, meaning that for the samples having a 
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peak with absorbance more than 1.00 mm, the DNA concentration cannot be estimated 

precisely. However, what can be said definitely is that these samples have a very high DNA 

concentration and need to be diluted. The dilution ratio depends on the absorbance value at 

the wavelength of 260 nm. Dilution should be such that the absorbance is in the desired 

range. For example, if the chromatogram shows the absorbance of 2.20 mm at the 

wavelength of 260 nm, then if the sample is diluted with a ratio of 1 to 10 (i.e., adding 1 μl of 

the sample to 9 μl of nuclease-free water), the absorbance can be expected to be 0.22 mm. 

Again, the samples are run in the NanoDrop to estimate the DNA concentrations. Table 4.9 

gives the DNA concentration for each sample. DNA concentration values are important in 

deciding the amount of sample added to the digestion mixture. 

Table 4.9: DNA concentration values for each sample. 

Sample Absorbance at 260 nm 
(10 mm) 

DNA concentration 
(ng/µl)

Oil sample A 0.24 12.12

Oil sample B 0.33 16.23

Microbial formulation A 0.29 23.99

Microbial formulation B 0.89 44.57

Oil extracted after one week A 0.27 51.98

Oil extracted after one week B 0.49 38.21

Oil extracted after two months A 0.84 31.94 

Oil extracted after two months B 0.76 36.45 

Positive control 0.10 4.84

Terminal restriction fragment length polymorphism (T-RFLP) is also called community 

profiling or community fingerprinting. The main objective for using T-RFLP was to compare 

the microbial communities of various samples. The theory and methodology of T-RFLP is 

described in Section 3.6 of this work. T-RFLP was run on the oil sample, the microbial 

formulation, the oil sample extracted after a one-week shut-in period, and the oil sample in 

contact with the microbial formulation for two months. Two replicates of each sample were 
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run in order to avoid any contamination. The results of the T-RFLP tests are tabulated in 

Appendix D.

The T-RFLP chromatograms for all the samples were compared using GeneMapper software. 

All chromatograms showed very high peaks at the size of 204 to 205 base pairs and 236 to 

237 base pairs. The peaks at this size were present in all the chromatograms, and can be 

attributed to some contaminants therefore. The specific reasons for contamination are not 

known, as utmost care was taken to avoid it. Contamination could have entered the PCR 

reagents, but this is unlikely, as new reagents were used. Another way that contaminants 

could enter the solution is through the use of contaminated DNA extraction agents or buffers. 

However, from the agarose gel photograph (Figure 4.15), it can be seen that there is no band 

in the lane for the negative control. This confirms that there was no contamination before this 

point. Contamination can be attributed, therefore, to the buffers used in the PCR purification 

kit or the buffers used in the digestion mix. Contamination could also have occurred because 

of incomplete digestion. 

All the chromatograms show some peaks for noise. Any peak with a size of less than 50 base 

pair and/or a height less than 100 is considered a noise. The tables with normalized 

chromatograms are included in Appendix E. 

From the T-RFLP chromatogram for microbial formulation (Figure 4.17), it can be seen that 

the major peak other than the peaks for contamination is at the size of 225 base pair. On 

normalization, this peak contributes to 11.66% of the total chromatogram, meaning the 

microorganism that represents this peak constitutes 11.66% of the total microbial community 

of the microbial formulation. Ideally, the microbial formulation should be made up of 100% 

of a single microorganism, but in normalization, the peaks for the contamination are also 

considered, and thus the concerned peak contributes to a lower percentage. All the peaks 

other than those for the contamination contribute to less than 1.5% of the total 

chromatogram. The peaks for contamination contribute to about 36% of the total 

chromatogram. Thus, the microbial has only one major peak, which can be successfully 
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attributed to the microorganism, that is, the B. licheniformis JF-2 strain. From the 

literature, it is noted that in a T-RFLP chromatogram for this particular microorganism the 

peak is observed at the size of 285 base pair. The difference observed in this case can be due 

to the use of a different buffer in any of the process.

For the oil sample from the ANS oil field, the T-RFLP chromatogram (Figure 4.18) shows a 

large number of peaks, including those for contamination. All the major peaks, other than 

those for contamination constitute about 1.0% to 15.0% of the total chromatogram. The 

peaks for contamination contribute to 18.0% to 42.0% of the total chromatogram. The large 

number of peaks confirms that the oil sample has a diverse microbial community. The 

chromatogram also shows a peak at the size of 224.5 base pair. This peak is attributed to the 

microorganism in the microbial formulation. It could be argued from this observation that the 

oil sample already had the B. licheniformis JF-2 strain, but the peak can be for any other 

microorganism in the oil sample. The peak could either be a microorganism belonging to the 

Bacillus species or a totally different species. There is no way to know for sure whether the 

oil sample contained the injected microorganisms. 
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Figure 4.17: T-RFLP chromatogram for microbial formulation. 
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Figure 4.18: T-RFLP chromatogram for the oil sample from ANS oil fields. 
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The T-RFLP chromatograms for the oil sample extracted from the core with a shut-in 

period of one week (Figure 4.19 and Figure 4.20) show a large number of major peaks. The 

emphasis is on the peak for the microorganism, that is, the peak at the size of 225 base pair. 

The chromatogram for the oil sample where the DNA was eluted in 40 μl Buffer AE (Figure 

4.19) on normalization indicates that this peak contributes to 5.43% of the total 

chromatogram. The chromatogram where the DNA was eluted in 50 μl Buffer AE (Figure 

4.20) indicates that the peak contributes to 11.11% of the total chromatogram. Thus, it can be 

argued that the microorganism contributes to 5% to 12% of the total microbial community of 

the oil sample. This is definitely more than that in the oil sample from the ANS oil field. 

Hence, it can be concluded that the microorganism can flourish in the oil sample even if it is 

not indigenously present. 
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Figure 4.19: T-RFLP chromatogram for oil sample extracted after one week and eluted in 40 
�l Buffer AE. 
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Figure 4.20: T-RFLP chromatogram for oil sample extracted after one week and eluted in 50 
�l Buffer AE. 
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The T-RFLP chromatograms for the oil sample extracted from the core in contact with 

the microbial formulation for two months (Figure 4.21 and Figure 4.22) also show the peak 

at the size of 225 base pair. However, this contributes to only 0.4% to 0.7% of the total 

microbial community of the oil sample. The amount of oil sample produced is not sufficient 

for T-RFLP analysis, so DNA is extracted from a mixture of the oil and microbial 

formulation. As the samples are of a different nature, the T-RFLP chromatogram for this 

sample cannot be compared with any of the previous samples.  

It could not be confirmed whether the microorganism in any of the sample was still active, 

because we were analyzing the DNA extracted from the sample. Even if microorganisms in a 

sample are dead, DNA can be extracted from the cells. The only way to tell whether or not a 

microbial community is active is to extract the RNA and analyze it. This is a very complex 

process and was out of the scope of this work. 
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Figure 4.21: T-RFLP chromatogram for oil sample extracted after two months and eluted in 
40 �l Buffer AE. 
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Figure 4.22: T-RFLP chromatogram for oil sample extracted after two months and eluted in 
50 �l Buffer AE. 
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4.10 Isolation of indigenous biosurfactant-producing microbes  

4.10.1 Enrichment cultures 

Enrichment cultures were established in four different growth media—LB Broth, 

Bushnell-Haas Broth, Modified Bushnell-Haas Broth, and Basal Mineral Medium—using 

five different ANS oil samples as inoculums: Prudhoe Bay-W, Prudhoe Bay-P, Point, 

Kuparuk, and West-Sak-D Sand). An additional enrichment was created using Prudhoe 

Bay crude in basal mineral medium, which was inoculated with microbes from oiled rock 

from the Exxon Valdez oil spill (EVOS). Growth was evidenced by turbidity and colony 

formation when spread onto agar plates. When growth was detected, a dilution series was 

created in order to obtain isolated colonies for the optical distortion assay.

Growth in the enrichment cultures was obtained from Milne Point, Prudhoe Bay-P, 

Prudhoe Bay-W, and Kuparuk oils in some but not all media types (Table 4.10). In 

several cases, growth was detected in enrichments when plated onto agar plates, but when 

dilution series was plated, there was no growth detected. This lack of growth may be a 

result of the population in the enrichment having declined during the time when original 

(concentrated) agar plates were incubating. Growth rates of cells in liquid and on agar 

media were very slow, requiring weeks to months of incubation time. The slow growth 

rates may have been because many oil microbes are anaerobic or microaerophilic, and the 

oxygen in our aerobic culture conditions may have inhibited growth. In future studies, 

anaerobic cultivation methods would be recommended if the necessary equipment is 

available.
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Table 4.10: Growth in enrichment cultures. 

Note: Oil samples comprise the inoculum, with the exception of one culture in which Exxon Valdez Oiled Rock was provided as inoculum in addition to Prudhoe Bay crude oil. Growth in liquid 
culture was evidenced by turbidity and/or growth on agar plates. 

4.10.2 High-throughput screening for microbial biosurfactant production 

The optical distortion assay was performed on two of the enrichment cultures from which 

growth on dilution plates was obtained (Table 4.10). Two of the cultures were not tested 

because dilution plates only grew fungi. Fungi are not desirable MEOR organisms since, 

although they can produce abundant biosurfactant, they are known to clog wells. 

Screening was performed on colonies from the EVOS-inoculated enrichment and also 

from Milne Point oil cultivated in LB Broth. Figure 4.23 shows the results obtained from 

the assay performed on colonies from the EVOS enrichment culture. A reduction in 

apparent grid size in many wells clearly indicates a reduction in surface tension has 

occurred as a result of microbial growth.  

Medium Date Inoculated Medium volume (ml) Oil volume (μl) Inoculum Incubation 
temperature (°C)

Growth in liquid 
culture

Growth on dilution 
plates

Optical distortion 
screening done

5/12/2008 10 100 Prudhoe Bay-W 25 - - No

5/16/2008 100 200 Milne Point 25 + + Yes

5/16/2008 100 200 Kuparuk 25 - - No

5/16/2008 100 200 Prudhoe Bay-P 25 + +

No (colonies not 
sufficiently 
isolated)

5/16/2008 50 100 Prudhoe Bay-W 25 + +
No (only fungi 
present)

5/16/2008 100 200 West-Sak (D Sand) 25 - - No

4/28/2008 100 100 Milne Point 25 - - No

4/28/2008 100 100 Kuparuk 25 - - No

4/28/2008 100 100 Prudhoe Bay-P 25 - - No

4/28/2008 100 100 Prudhoe Bay-W 25 - - No

4/28/2008 100 100 West-Sak (D Sand) 25 - - No

5/16/2008 100 200 Milne Point 25 - - No

5/16/2008 100 200 Kuparuk 25 + +
No (only fungi 
present)

5/16/2008 100 200 Prudhoe Bay-P 25 + - No

5/16/2008 100 200 Prudhoe Bay-W 25 - - No

5/16/2008 50 100 West-Sak (D Sand) 25 - - No

1/23/2008 100 500 Prudhoe Bay + Exxon 
Valdez Oiled Rock 25

+ + Yes

6/2/2008 100 200 Milne Point 30 - - No

6/2/2008 100 200 Kuparuk 30 - - No

6/2/2008 100 200 Prudhoe Bay-P 30 - - No

6/2/2008 100 200 Prudhoe Bay-W 30 - - No

6/2/2008 100 200 West-Sak (D Sand) 30 - - No

Basal Mineral Liquid Medium 
(BM liquid)

LB Broth

Bushnell-Haas Broth

Modified Bushnell-Haas Broth
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Figure 4.23: Optical distortion assay for surfactant production performed on EVOS 
enrichment culture. Note the distortion of the grid pattern. A reduction in grid size 
indicates reduced surface tension. 
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Table 4.11: Results of optical distortion assay for surfactant production by colonies from 
EVOS enrichment culture. 

Well Inoculated Surfactant Production 

A1 Blank - 

A2 Blank - 

A3 Yes + 

A4 Yes +** 

A5 Yes +* 

A6 Yes +* 

A7 Yes +* 

A8 Yes + 

A9 Yes + 

A10 Yes + 

A11 Yes +* 

A12 Yes + 

B1 Yes + 

B2 Yes +* 

B3 Yes + 

B4 Yes + 

B5 Yes + 

B6 Yes +* 

B7 Yes + 

B8 Yes + 

B9 Yes + 

B10 Yes +* 

B11 Yes +** 

B12 Yes + 

C1 Yes + 

C2 Yes + 

C3 Yes + 
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C4 Yes + 

C5 Yes +** 

C6 Yes +** 

C7 Yes +* 

C8 Yes +* 

C9 Yes +** 

C10 Yes +* 

C11 Yes +* 

C12 Yes + 

D1 Yes +* 

D2 Yes +* 

D3 Yes +* 

D4 Yes + 

D5 Yes +* 

D6 Yes +* 

D7 Yes +** 

D8 Yes +* 

D9 Yes +* 

D10 Yes +* 

D11 Yes +** 

D12 Yes +* 

E1 Yes - 

E2 Yes - 

E3 Yes +** 

E4 Yes +* 

E5 Yes +** 

E6 Yes +* 

E7 Yes - 

E8 Yes +* 

E9 Yes +* 
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E10 Yes +* 

E11 Yes +* 

E12 Yes + 

F1 Yes +** 

F2 Yes - 

F3 Yes - 

F4 Yes +** 

F5 Yes - 

F6 Yes +* 

F7 Yes +** 

F8 Yes + 

F9 Yes +* 

F10 Yes +* 

F11 Yes +** 

F12 Yes +* 

G1 Yes +** 

G2 Yes - 

G3 Yes +* 

G4 Yes +* 

G5 Yes +* 

G6 Yes +* 

G7 Yes + 

G8 Yes + 

G9 Yes + 

G10 Yes +* 

G11 Yes - 

G12 Yes - 

H1 Yes +** 

H2 Yes +** 

H3 Yes +* 
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H4 Yes + 

H5 Yes +* 

H6 Yes +* 

H7 Yes + 

H8 Yes +** 

H9 Yes + 

H10 Yes +** 

H11 Yes +** 

H12 Yes + 

TOTALS - 9 

 + 28 

 +* 38 

 +** 19 

   

-
No surfactant production; same as 
blank

+ Lots of surfactant produced 
+* Some surfactant produced 

+**

Minimal amount of surfactant 
produced; only slightly different from 
blank

Out of the 94 colonies screened from the EVOS culture, 85 colonies reduced the surface 

tension of the medium visibly.  

The enrichment culture established from Milne Point in LB was also tested using the 

optical distortion assay (Table 4.12). Fewer colonies were tested, reflective of the total 

number of colonies obtained. In this case, colonies were screened for surfactant 

production in two different liquid media: M9 (also used for EVOS culture) and a 1% 

tetrasodium pyrophosphate solution (TPP). Depending on the medium used, 25–32 

colonies of the 35 tested produced positive results (Table 4.12). 
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Table 4.12: Results of optical distortion assay of colonies from Milne Point/LB. 
Screening was performed in two different media types. 

Medium used for 

assay

M9 TPP 

A1 - +** 

A2 - - 

A3 + + 

A4 + +** 

A5 +* - 

A6 + - 

A7 + +** 

A8 + +** 

A9 +* +** 

A10 + +** 

A11 + +** 

A12 Blank Blank 

B1 + + 

B2 + +** 

B3 + - 

B4 + + 

B5 + - 

B6 + +** 

B7 + - 

B8 + + 

B9 + +** 

B10 + +** 

B11 + +** 

B12 + +** 

C1 +* +** 
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C2 +* +** 

C3 - + 

C4 + - 

C5 + - 

C6 +* - 

D1 +* + 

D2 +* +** 

D3 + +** 

D4 + + 

D5 + +** 

D6 + - 

TOTALS     

- 3 10

+ 25 7

+* 7 0

+** 0 18

The abundance of bacteria in the enrichment cultures that were capable of reducing 

surface tension indicates that this technique is effective at enriching organisms likely to 

produce surfactants. This capability should be selected for these conditions, given that 

crude oil is the sole carbon source provided to cells in enrichment cultures. Because of 

the lipophilicity of oil components, surfactants are likely needed by the cells in order to 

facilitate transport into the cell for metabolism. The colony morphologies of cells 

inoculated into the optical distortion assays were noted. Many colonies were 

morphologically similar, suggesting that the cultures were dominated by only a few 

strains that predominated in the liquid enrichment culture. 

The presence of microorganisms that can reduce surface tension in the Milne Point 

enrichment culture is a promising result for MEOR. It indicates that indigenous surfactant 

producers are present in at least some ANS oils, which could be the target of 
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biostimulation efforts to produce biosurfactants in situ. Slow growth rates precluded 

further study during this project period, but the organisms will be preserved for future 

study.

4.10.3 Isolation of biosurfactant producers 

Microbes present in positive wells of the optical distortion assay were streaked onto agar 

plates in quadrants to begin the process of isolation. Once cells had grown, they were 

grouped based on morphology. Many of the cells shared similar morphology (yellow-

orange pigmentation, smooth round colonies). One to three representatives of each 

morphotype were selected for further isolation and study. Figure 4.24 shows several of 

the streak plates containing cultures grown after testing positive in the optical distortion 

assay for surface tension reduction. Figure 4.25 shows selected strains after complete 

isolation.

Figure 4.24: Several quadrant streak plates containing bacteria of different morphotypes 
found to reduce surface tension in the optical distortion assay. 
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Figure 4.25: Several isolates obtained which had tested positive in the optical distortion 
assay.

Isolates were only obtained from the EVOS enrichment culture. The Milne Point 

enrichment grew quite slowly, and did not allow time for complete isolation of organisms 

during the project period. 

4.11 Ring tensiometer analyses to assess surface tension reduction capability of 
isolates

The surface tension of media following growth was measured more quantitatively using a 

ring tensiometer. The ability to reduce surface tension in two different media was 

evaluated for each of the isolates, as well as for B. licheniformis RS1, a well-

characterized biosurfactant-producing strain used as a positive control. Results are 

presented in Table 4.13. The two media types had very different surface tensions initially, 

with the minimal medium (M9) having lower surface tension than the rich medium (LB). 
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The positive control organism, B. licheniformis RS1, successfully reduced the surface 

tension of LB but not M9. This is explained by the fact that less growth had occurred in 

the M9 medium. Several strains isolated from the EVOS enrichment culture did 

appreciably reduce surface tension, specifically D4 when grown in M9 medium, and A10 

and D1 when grown in LB. These three organisms are candidates for future study of their 

biosurfactant chemistry and environmental conditions that favor surfactant production. 

Table 4.13: Results of ring tensiometer analyses for surface tension of media following 
growth with bacterial strains. 

Media Isolate Measurement 
(P)

Density 
(D) 

F
(correction)

Surface
tension

(dynes/cm2)
Sterile control 38 0.9898 0.8441 32.0770 

B. licheniformis

RS1 38 0.9847 0.8441 32.0773 

A10 40 0.9872 0.8442 33.7690

B3 60 0.9826 0.8451 50.7079

C3 61 0.9896 0.8452 51.5546

D1 78 0.9796 0.8459 65.9837

M
9

D4 36 0.9812 0.8441 30.3860

Sterile control 82 0.9870 0.8461 69.3798 

B. licheniformis

RS1 71 0.9862 0.8456 60.0384 

A10 76 0.9889 0.8458 64.2826

B3 90 0.9883 0.8464 76.1799

C3 92 0.9804 0.8466 77.8839

D1 74 0.9887 0.8457 62.5844

LB
 B

ro
th

 

D4 >90 0.9892 >0.8464 >76.1796
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4.12 T-RFLP analyses of several ANS oils and surfactant-producing isolates 

In order to characterize the microbial diversity of the five ANS oils from which isolation 

of surfactant producers was attempted, T-RFLP fingerprinting analysis was performed. 

As detailed earlier in this report, DNA extraction was performed from the bacterial 

communities present in the oils. PCR amplification was then performed using primers 

targeting bacterial 16S rRNA genes. Figure 4.26 shows the results of agarose gel 

electrophoresis of the PCR products, revealing that the amplification was successful. The 

appropriately sized bands were produced, and there is no band produced in the negative 

control, showing that there was no contamination present in the PCR reaction. 

Figure 4.26: Agarose gel electrophoresis image showing successful PCR amplification of 
16S rRNA genes from bacteria present in the 5 ANS oil samples. These amplicons were 
used for T-RFLP analyses. 

Next, PCR products were subjected to digestion and T-RFLP analysis as previously 

described. Figure 4.27 shows the T-RFLP fingerprints generated from each of the five 

ANS oils examined in this portion of the study. The results show that each of the oils 

possessed a diverse bacterial community and differed in their community assemblage. 

Some peaks of the same size were present in different oils, suggesting that members of 

the same bacterial lineage may be present in multiple reservoirs. Interestingly, the two 

Prudhoe Bay samples (P and S) possessed different community composition and 

structure, despite having been recovered from the same reservoir. The two samples were 

obtained from different production platforms. This suggests that spatial heterogeneity is 

present across a single reservoir. This observation is important when considering 

biostimulation approaches for MEOR, since important populations may differ in presence 

and abundance at different locations within the reservoir.

16S rRNA 
amplicons

Oil samples + - 
Controls

M M 
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Milne Point 

West Sak (D Sand)

Prudhoe Bay-S 

Prudhoe Bay-P 
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Figure 4.27: T-RFLP profiles generated from each of the 5 ANS oils investigated. 

T-RFLP profiles were also obtained from the EVOS enrichment isolates that 

demonstrated the ability to reduce surface tension in the optical distortion assay. Each 

isolate produced a single peak, which verifies that the cultures were indeed pure and that 

digestion was successful. The size of each of these peaks (T-RFs) was compared to peaks 

present in each of the ANS oils to determine if these organisms or close relatives were 

present in the native oil communities. None of the peaks were detected in the ANS oils. 

This supports the notion that these isolates originated from the oiled rock samples from 

the EVOS, which were used as inoculum for this particular culture. These organisms may 

prove useful in future MEOR efforts that focus on bioaugmentation with exogenous 

microorganisms or microbial surfactants.  

Kuparuk
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Figure 4.28: T-RFLP profiles generated by each of the isolates obtained from the EVOS 
enrichment culture. 
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CHAPTER 5: CONCLUSIONS  

i. The developed microbial formulation using Bacillus licheniformis has excellent 

growth at 30°C. The reservoir temperature of an ANS oil field is about 30°C, so it 

can be concluded that the microbial formulation could flourish well in the 

reservoir.  

ii. The concentration of microbial formulation used for all the experiments was 

determined to be approximately 1 x 107 cell/ml. 

iii. The coreflooding rig was used to estimate the porosity and absolute permeability 

of the core samples. The porosity values of the cores ranged between 13% and 

16%, whereas the absolute permeability values for the cores ranged between 27 

and 68 md. 

iv. Brine solution or microbial formulation was used to simulate waterflooding with 

brine injection. Oil recovery due to waterflooding ranged between 52% and 68%. 

Recovery was 52% to 54% when the brine solution was used for waterflooding, 

whereas recovery was 62% to 68% when the microbial formulation was used for 

waterflooding. The brine or microbial formulation breakthrough always occurred 

in the range of 0.5 to 1.0 pore volume of brine injected.  

v. Microbial formulation was injected in the cores, and after a shut-in period of one 

week, it was observed that there was incremental oil recovery. The incremental oil 

recovery ranged between 7% and 8% for cases where microbial formulation was 

injected after previous waterflooding, whereas incremental oil recovery was 11% 

to 14% when the microbial formulation was injected without waterflooding. 

vi. There was a decrease in residual oil saturation in the core after microbial activity. 

The decrease was in the range of 2% to 3%. The decrease was due to incremental 

oil recovery. 

vii. Incremental oil recovery from the core in contact with the oil for two months was 

11.94%, as compared with the incremental oil recovery from cores with a shut-in 

period of one week, which was 11% to 13%. The incremental oil recovery for 

both cases was nearly equal. Thus, it is safe to conclude that the major microbial 

activity resulting in incremental oil recovery ended before the first week. By the 
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end of the first week, the microbes probably reached a stationary phase of their 

life, where the bacteria were not growing or producing bioproducts at a high rate. 

viii. Total oil recovery from the coreflooding experiments ranged between 56% and 

72%.

ix. Compositional analysis using a gas chromatograph shows that there is a miniscule 

decrease in the concentration of the C25+ group and an increase in the middle 

carbon number (C12 – C23) groups. From this analysis, it cannot be quantitatively

concluded that the microorganisms are degrading the long-chained carbon 

compounds into lower carbon number compounds. However, it can be concluded 

that the combination of biodegradability of higher hydrocarbons into lighter 

hydrocarbons and biosurfactant and biogas production are the oil recovery 

mechanisms. 

x. There is a decrease in the density of oil after microbial treatment from 0.9484 g/cc 

to 0.8954 g/cc. Also, there is a decrease in viscosity of the oil from 67.5 cp to 50.2 

cp. The compositional analysis of the oil shows that there is degradation of higher 

hydrocarbons to lighter hydrocarbons in the oil, which results in a decrease in the 

density and viscosity of the oil. 

xi. DNA was extracted from the oil sample, the microbial formulation, the oil sample 

extracted after one week, and the oil sample extracted from a core in contact for 

two months. The agarose gel photograph after the PCR reaction shows a band for 

all the samples, indicating that the oil samples from the ANS oil fields have 

indigenous microorganisms. 

xii. The T-RFLP chromatograph for the oil sample from the ANS oil fields shows that 

there is a diverse microbial community in the oil sample used for coreflooding 

studies. The chromatograph shows a peak at the size of 225 base pairs. This peak 

is also seen in the chromatographs for the microbial formulation, the oil sample 

extracted after one week, and the oil sample extracted after two months. This 

indicates that the original oil sample may contain the bacteria of the same species, 

that is, Bacillus.

xiii. Normalizing the peaks from the chromatograms for the samples shows that the 

bacterium used in the microbial formulation accounts for 1% to 2% of the overall 
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bacterial community in the original oil sample. The same microorganism 

contributes to 5% to 12% of the overall microbial community of the oil sample 

extracted after the one-week shut-in period, whereas in the oil sample extracted 

after two months, it contributes to 0.4% to 0.7% of the overall bacterial 

community. However, these two samples cannot be directly compared, because 

oil after the one-week shut-in period was analyzed, whereas a mixture of oil and 

microbial formulation was used for analysis after two months due to the small 

volume of oil. Results indicate that the inoculation increased the relative 

abundance of this species in the oil microbial community, which was correlated 

with enhanced oil recovery. 

xiv. Efforts to cultivate microorganisms capable of reducing surface tension from five 

different ANS crude oils yielded positive results from oil collected from Milne 

Point. The positive results indicate that indigenous surfactant producers are 

present in at least some ANS oils, which could be the target of biostimulation 

efforts to produce biosurfactants in situ.

xv. A variety of bacterial isolates was obtained from rocks oiled by the Exxon Valdez 

oil spill, which reduced the surface tension of the liquid media in which they were 

grown. These organisms are good candidates for future study of their potential for 

ex situ MEOR through bioaugmentation or biosurfactant flooding approaches.

xvi. The optical distortion assay for screening of surface tension reduction capabilities 

was rapid and simple, but produced several false-positive results. Once organisms 

were isolated and the surface tension of growth media was tested with a ring 

tensiometer, several of them did not actually reduce surface tension. Nonetheless, 

the optical distortion test is a rapid means to narrow down the organisms worthy 

of the more time-consuming ring tensiometer analysis. 

xvii. The microbial community composition of five different ANS oils investigated all 

differed substantially, as evidenced by T-RFLP profiling.

xviii. Microbial community assemblages from ANS oils of the same reservoir (Prudhoe 

Bay) but from two different production platforms differed from each other. This 

difference indicates that significant spatial heterogeneity exists within reservoirs, 

and has implications for in situ MEOR. 
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APPENDIX A: Results of Waterflooding the Core Samples 

Table A.1: Result of waterflooding on Core #1. 

PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

PV brine 

 injected 

Volume of oil 

(ml)

Oil recovery

(%) 

0 0 0.00 0.65 5.4 35.53 

0.05 0 0.00 0.7 5.9 38.82 

0.1 0 0.00 0.75 6.3 41.45 

0.15 0 0.00 0.8 6.7 44.08 

0.2 0 0.00 0.85 7.1 46.71 

0.25 0.2 1.32 0.9 7.5 49.34 

0.3 0.6 3.95 0.95 7.9 51.97 

0.35 1.3 8.55 1 8.1 53.29 

0.4 2 13.16 1.05 8.1 53.29 

0.45 2.7 17.76 1.1 8.1 53.29 

0.5 3.5 23.03 1.15 8.1 53.29 

0.55 4.7 30.92 1.2 8.1 53.29 

0.6 5 32.89 1.25 8.1 53.29 
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Table A.2: Result of waterflooding on Core #2. 

PV brine 

injected

Volume of oil 

(ml)

Oil recovery

(%) 

PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

0 0.0 8.8 0.65 6.3 42.83 

0.05 0.0 8.8 0.7 6.5 43.91 

0.1 0.0 9.1 0.75 6.7 45.73 

0.15 0.0 9.1 0.8 6.7 45.73 

0.2 0.1 9.1 0.85 7.6 51.64 

0.25 0.2 9.2 0.9 7.7 52.12 

0.3 0.4 9.2 0.95 8.8 60.16 

0.35 1.4 9.2 1 8.8 60.16 

0.4 2.0 9.2 1.05 8.8 60.16 

0.45 3.0 9.2 1.1 9.1 61.77 

0.5 4.1 9.2 1.15 9.1 61.77 

0.55 5.3 9.2 1.2 9.1 61.77 

0.6 6.3 9.2 1.25 9.2 62.59 
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Table A.3: Result of waterflooding on Core #3. 
PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

0 0.0 0 0.65 6.6 45.91 

0.05 0.0 0.16 0.7 6.6 45.91 

0.1 0.1 1.03 0.75 6.6 45.91 

0.15 0.4 2.5 0.8 7.6 53.18 

0.2 0.7 4.95 0.85 9.0 62.79 

0.25 1.3 9.01 0.9 9.0 62.79 

0.3 2.0 13.64 0.95 9.0 62.79 

0.35 2.9 20.45 1 9.0 62.79 

0.4 3.9 27.12 1.05 9.1 63.29 

0.45 5.0 35.05 1.1 9.1 63.29 

0.5 6.2 43.14 1.15 9.3 64.91 

0.55 6.3 43.82 1.2 9.3 64.91 

0.6 6.4 44.61 1.25 9.3 64.91 
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Table A. 4: Result of waterflooding on Core #4. 

PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

0 0.0 0 0.65 8.1 47.45 

0.05 0.0 0.18 0.7 8.1 47.45 

0.1 0.2 1.07 0.75 9.5 55.51 

0.15 0.5 2.67 0.8 9.7 56.62 

0.2 1.0 5.88 0.85 9.8 57.18 

0.25 1.7 10.16 0.9 11.2 65.52 

0.3 2.7 15.69 0.95 11.2 65.52 

0.35 3.8 22.47 1 11.2 65.52 

0.4 5.1 29.79 1.05 11.4 66.83 

0.45 6.4 37.27 1.1 11.4 66.83 

0.5 7.7 45.11 1.15 11.6 67.64 

0.55 7.9 46.28 1.2 11.6 67.64 

0.6 8.1 47.45 1.25 11.6 67.64 
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Table A.5: Result of waterflooding on Core #5. 

PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

PV brine

injected

Volume of oil 

(ml)

Oil recovery

(%) 

0 0.0 0 0.65 8.2 46.73 

0.05 0.0 0.17 0.7 8.2 46.73 

0.1 0.2 1.05 0.75 8.9 50.71 

0.15 0.5 2.56 0.8 9.7 54.83 

0.2 1.0 5.51 0.85 10.5 59.92 

0.25 1.7 9.72 0.9 11.4 64.51 

0.3 2.5 14.48 0.95 11.4 64.51 

0.35 3.8 21.46 1 11.4 64.51 

0.4 5.0 28.43 1.05 11.5 65.53 

0.45 6.4 36.16 1.1 11.5 65.53 

0.5 7.8 44.12 1.15 11.5 65.53 

0.55 7.9 44.75 1.2 11.5 65.53 

0.6 7.9 45.16 1.25 11.5 65.53 
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Table A. 6: Result of waterflooding on Core #6. 

PV brine 

injected

Volume of oil 

(ml)

Oil recovery

(%) 

PV brine 

injected

Volume of oil 

(ml)

Oil recovery

(%) 

0 0.0 0 0.65 6.5 37.34 

0.05 0.0 0.1754 0.7 6.9 39.44 

0.1 0.2 1.11 0.75 7.4 42.44 

0.15 0.6 3.68 0.8 7.4 42.44 

0.2 1.4 8.03 0.85 7.9 45.44 

0.25 2.3 13.07 0.9 8.3 47.96 

0.3 3.0 17.3 0.95 8.9 50.89 

0.35 3.4 19.8 1 8.9 50.89 

0.4 3.9 22.18 1.05 9.2 52.64 

0.45 5.0 28.51 1.1 9.2 52.64 

0.5 5.4 30.85 1.15 9.2 52.64 

0.55 5.6 32.42 1.2 9.2 52.64 

0.6 6.1 34.93 1.25 9.2 52.64 

0.65 6.5 37.34 1.3 9.2 52.64 
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APPENDIX B: Coreflooding Calculations for Core #1 

1. Core dimensions: 

 Diameter = 1.5 inch 

 Length = 6 inch 

2. Brine Properties: 

 Brine viscosity = 1.12 cp 

 Brine density = 1.03 g/cc 

3. Weight measurement of the core: 

 Dry core = 349.73 g 

 Wet core = 374.43 g 

 Weight of brine = 374.43 -349.73 

     = 24.7 cc 

4. Pore volume = 24.7
1.03

 = 23.98 ml 

5. Bulk volume of the core = 
23.81 15.24
4

+ � � = 173.77 cc 

6. Porosity of the core = 23.98 100
173.77

� = 13.80 % 

7. Initial waterflood results: 

 Flow rate = 3.333 ml/min 

 Differential pressure = 45 psi 

 Cross-sectional area of core = 11.40 cm2

8. Absolute permeability of core = 0.056 1.12 15.24
3.062 11.40
� �
�

= 27.19 md 

9. Volume of brine produced by oil injection = 15.2 ml 

10. Irreducible water saturation = 24.7 15.2 100
24.7



� = 36.62 % 

11. Initial oil saturation = 100 – 36.62 = 63.38 % 

12. Volume of oil collected after waterflooding = 8.1ml 

13. Residual oil saturation = 15.2 8.1 100
24.7



�  = 29.61 % 
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14. Oil recovery = 8.1 100
15.2

�  = 53.29 % 

15. Incremental oil collected = 0.5 ml 

16. Incremental oil recovery = 0.5 100
15.2 8.1

�



 = 7.04 % 

17. Total oil produced = 8.1 + 0.5 = 8.6 ml 

18. Total oil recovery = 8.6 100
15.2

�  = 56.58 % 
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APPENDIX C: Composition of the PCR and Digestion Mix 

Table C.1: Composition of PCR mix. 

Components Volume

(µl)

Water 36.65 

Buffer (Invitrogen) 5

MgCL2 (Invitrogen) 3

dNTPs (25 mM) 0.4

27F-FAM (100 μM) 0.1

1392R (100 μM) 0.1

Taq (Invitrogen) 0.25

BSA (NEB, 10 mg/ml) 0.5

DNA 4 

Total 50 

Table C.2: Composition of digestion mix. 

Components Volume

(µl)

10X Buffer 4 (NEB) 1.5

100X BSA (10 mg/ml) 0.15 

DNA 40/Conc. of DNA

Water 13 - DNA 

HhaI (NEB, 20000 U/ml) 0.5 

Total 15 
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APPENDIX D: Results of T-RFLP Run of the Samples 

Table D.1: T-RFLP results for the oil sample for the ANS field. 

Sample Peak Size Height Sample peak Size Height 

1 1.65 94 23 119.61 85 

2 6.16 88 24 121.27 102 

3 8.21 348 25 136.52 73 

4 19.11 65 26 152.46 73 

5 19.69 57 27 190.84 55 

6 27.19 6955 28 194.62 514 

7 28.53 2245 29 202.55 208 

8 29.73 737 30 203.83 162 

9 30.8 765 31 205.28 8630 

10 31.96 686 32 206.86 87 

11 33.04 320 33 211.73 129 

12 34.29 188 34 224.5 207 

13 36.61 173 35 235.94 3750 

14 38.97 411 36 237.07 1563 

15 47.95 68 37 239.71 202 

16 56.76 3045 38 342.39 275 

17 58.27 727 39 370.29 69 

18 59.07 69 40 371.92 60 

19 61.17 153 41 566.71 58 

20 78 387 42 583.12 219 

21 78.6 142 43 610.65 74 

22 112.87 136 44 675 71 
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Table D.2: T-RFLP results for the microbial formulation. 

Sample Peak Size Height Sample Peak Size Height 

1 - 91 32 73.36 66 

2 3.32 68 33 73.92 76 

3 5.9 90 34 74.91 331 

4 7.06 77 35 76.37 73 

5 7.93 152 36 78.17 95 

6 9.09 6918 37 79.45 74 

7 19.51 228 38 80.87 86 

8 27.12 944 39 82.34 87 

9 28.46 494 40 83.48 114 

10 29.66 369 41 84.62 91 

11 30.77 244 42 85.62 75 

12 31.83 110 43 88.96 190 

13 32.98 68 44 92.41 55 

14 37.64 57 45 93.56 105 

15 38.98 189 46 95.29 57 

16 46.54 58 47 96.53 56 

17 50.77 72 48 98.89 67 

18 54.59 148 49 100.05 53 

19 55.28 52 50 105.16 78 

20 56.61 81 51 106.7 53 

21 60.32 58 52 108.19 62 

22 61.61 68 53 110.36 95 

23 62.67 77 54 114.44 73 

24 63.69 70 55 116.41 129 

25 64.98 64 56 117.9 55 

26 66.32 56 57 118.48 68 

27 67.62 66 58 119.58 79 
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28 68.46 62 59 121.98 68 

29 69.67 99 60 122.89 63 

30 71.02 171 61 127.36 94 

31 72.1 71 62 128.31 58 

Table D-3: T-RFLP results for the oil sample after one-week shut-in period. (Eluted in 40 

μl Buffer AE.) 

Sample Peak Size Height Sample Peak Size Height 

1 - 50 33 84.62 106 

2 3.19 173 34 85.56 75 

3 9.03 1865 35 88.94 84 

4 19.43 76 36 93.61 89 

5 27.1 306 37 96.44 64 

6 28.42 217 38 98.91 56 

7 29.61 108 39 105.14 64 

8 31.98 69 40 110.33 67 

9 39.01 51 41 114.42 62 

10 46.58 73 42 116.32 109 

11 48.91 50 43 118.4 56 

12 50.76 89 44 119.64 60 

13 55.23 50 45 122.82 79 

14 56.63 55 46 127.34 87 

15 60.36 81 47 131.07 104 

16 61.63 57 48 139.5 51 

17 62.63 83 49 141.22 54 

18 63.68 60 50 143.04 51 

19 65.01 58 51 147.59 60 

20 67.62 61 52 148.56 107 
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21 68.5 52 53 167.79 75 

22 69.69 55 54 170.8 165 

23 71.07 205 55 171.78 139 

24 72.09 67 56 172.91 93 

25 73.38 59 57 174.08 55 

26 73.89 79 58 175.07 114 

27 74.86 317 59 179.19 69 

28 76.4 68 60 199.81 63 

29 79.47 78 61 224.87 592 

30 80.92 87 62 236.98 8584 

31 82.37 86 63 787.37 51 

32 83.5 123 64 1109.81 178 
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Table D. 3: T-RFLP results for the oil sample after one-week shut-in period. (Eluted in 

50 μl Buffer AE). 

Sample Peak Size Height Sample Peak Size Height 

1 - 75 33 73.85 112 

2 3.53 1728 34 74.86 454 

3 5.83 158 35 76.29 99 

4 9.31 1585 36 78.04 77 

5 19.67 130 37 79.43 102 

6 27.22 474 38 80.86 121 

7 28.57 352 39 82.34 128 

8 29.75 209 40 83.46 176 

9 30.88 85 41 84.57 153 

10 31.87 175 42 85.59 118 

11 33 51 43 86.93 62 

12 34.45 65 44 88.89 156 

13 39.01 58 45 90.05 60 

14 46.56 83 46 92.38 63 

15 48.92 54 47 93.59 141 

16 50.76 90 48 95.18 66 

17 54.56 81 49 96.4 88 

18 55.28 60 50 97.56 53 

19 56.58 71 51 98.88 91 

20 58.78 54 52 99.95 62 

21 60.31 77 53 101.17 52 

22 61.62 72 54 103.24 51 

23 62.62 91 55 105.12 88 

24 63.61 99 56 106.57 68 

25 64.97 73 57 108.17 72 

26 66.24 57 58 109.34 51 
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27 67.56 84 59 110.32 106 

28 68.47 65 60 111.73 53 

29 69.7 75 61 114.4 83 

30 71.02 250 62 116.31 168 

31 72.03 86 63 117.86 63 

32 73.26 81 64 118.46 77 

Table D. 4: T-RFLP results for the oil sample after one-week shut-in period (continued). 

(Eluted in 50 μl Buffer AE.) 

Sample Peak Size Height Sample Peak Size Height 

65 119.58 94 94 168.99 62 

66 121.92 76 95 169.77 64 

67 122.76 80 96 170.78 268 

68 127.35 139 97 171.83 249 

69 128.22 66 98 173.03 157 

70 129.37 75 99 174.13 87 

71 130.29 68 100 175.14 181 

72 131.02 170 101 177.34 59 

73 133.27 63 102 179.13 115 

74 135.84 53 103 185.03 54 

75 138.77 50 104 187.96 61 

76 139.64 81 105 189.15 161 

77 140.19 65 106 190.1 72 

78 141.24 72 107 197.45 81 

79 143.02 78 108 198.5 52 

80 144.21 53 109 199.86 99 

81 145.44 51 110 202.15 58 

82 147.72 105 111 205.32 110 

83 148.63 175 112 209.43 50 
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84 151.94 62 113 212.16 55 

85 156 53 114 219.02 54 

86 157.16 52 115 224.66 2727 

87 158.17 86 116 229.1 116 

88 160.38 59 117 230.07 278 

89 161.44 59 118 236.76 8262 

90 163.1 53 119 237.25 8268 

91 165.49 54 120 294.4 265 

92 166.5 55 121 680.51 244 

93 167.75 124 122 1110.32 254 

Table D. 5: T-RFLP results for the oil sample after two-month shut-in period. (Eluted in 

40 μl Buffer AE). 

Sample Peak Size Height Sample Peak Size Height 

1 - 57 23 56.41 109 

2 3.91 80 24 58.79 58 

3 4.88 167 25 71.45 193 

4 5.52 152 26 73.22 88 

5 9.02 1127 27 87.41 86 

6 9.94 64 28 114.32 69 

7 14.78 96 29 121.06 81 

8 19.57 89 30 153.76 62 

9 23.66 204 31 170.74 59 

10 24.91 53 32 171.78 57 

11 26.57 133 33 194.16 61 

12 27.12 433 34 204.9 8007 

13 28.45 250 35 223.05 110 

14 29.79 117 36 235.93 7748 

15 30.66 204 37 236.98 7069 
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16 31.81 185 38 240.6 52 

17 33.06 87 39 242.01 56 

18 34.39 112 40 564.43 109 

19 37.11 89 41 566.08 56 

20 37.75 155 42 573.55 181 

21 38.26 69 43 575.36 60 

22 43.19 335 44 1110.42 52 

Table D.6: T-RFLP results for the oil sample after two-month shut-in period. (Eluted in 

50 μl Buffer AE.) 

Sample Peak Size Height

1 4.81 51 

2 7.99 55 

3 9.01 649 

4 19.5 79 

5 27.08 338 

6 28.42 223 

7 29.53 128 

8 30.78 113 

9 31.75 64 

10 71.54 215 

11 73.22 54 

12 114.37 67 

13 120.41 100 

14 170.72 54 

15 193.46 56 

16 194.12 69 

17 204.86 7982 

18 220.29 66 
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19 223.11 146 

20 235.91 7723 

21 237 6836 

22 240.84 81 

23 249.1 56 

24 564.29 209 

25 566.03 119 

26 573.48 387 

27 575.34 108 

28 848.7 57 

29 1109.79 103 
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APPENDIX E: Normalization of Peaks of T-RFLP Chromatogram 

Table E.1: Normalization of peaks in T-RFLP for oil sample. 

Sample peak Size Height Normalized height 

(Height/Total height)

Normalized height

(%) 

16 56.76 3045 0.15 14.8168 

17 58.27 727 0.04 3.537541 

19 61.17 153 0.01 0.744489 

20 78 387 0.02 1.88312 

21 78.6 142 0.01 0.690964 

22 112.87 136 0.01 0.661768 

24 121.27 102 0 0.496326 

28 194.62 514 0.03 2.501095 

29 202.55 208 0.01 1.012116 

30 203.83 162 0.01 0.788283 

31 205.28 8630 0.42 41.99309 

33 211.73 129 0.01 0.627707 

34 224.5 207 0.01 1.00725 

35 235.94 3750 0.18 18.24729 

36 237.07 1563 0.08 7.605469 

37 239.71 202 0.01 0.982921 

38 342.39 275 0.01 1.338134 

42 583.12 219 0.01 1.065642 

Total  20551   



156

Table E.2: Normalization of peaks of T-RFLP for microbial formulation. 

Sample peak Size Height Normalized height 

(Height/Total height) 

Normalized height 

(%) 

17 50.77 72 0.003083 0.308338 

18 54.59 148 0.006338 0.633806 

30 71.02 171 0.007323 0.732303 

34 74.91 331 0.014175 1.417498 

40 83.48 114 0.004882 0.488202 

43 88.96 190 0.008137 0.81367 

45 93.56 105 0.004497 0.44966 

55 116.41 129 0.005524 0.552439 

65 131.05 130 0.005567 0.556721 

73 148.59 143 0.006124 0.612393 

77 167.73 111 0.004754 0.475354 

80 170.77 242 0.010364 1.036358 

81 171.81 304 0.013019 1.301871 

82 172.99 158 0.006766 0.676631 

84 175.12 152 0.006509 0.650936 

85 179.15 108 0.004625 0.462507 

88 205.31 1132 0.048478 4.847758 

90 225.04 2648 0.1134 11.34 

91 236.89 8481 0.363196 36.31964 

92 237.16 8482 0.363239 36.32393 

Total  23351  
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Table E.3: Normalization of peaks in T-RFLP for oil sample extracted after one-week 

shut-in period. (Eluted in 40 �l Buffer AE.) 

Sample peak Size Height Normalized height 

(Height/Total height) 

Normalized height

(%) 

23 71.07 205 0.018818 1.88177 

27 74.86 317 0.029099 2.909859 

32 83.5 123 0.011291 1.129062 

33 84.62 106 0.00973 0.973013 

42 116.32 109 0.010006 1.000551 

47 131.07 104 0.009547 0.954654 

52 148.56 107 0.009822 0.982192 

54 170.8 165 0.015146 1.514595 

55 171.78 139 0.012759 1.275932 

58 175.07 114 0.010464 1.046448 

61 224.87 592 0.054342 5.434184 

62 236.98 8584 0.787957 78.79567 

63 787.37 51 0.004681 0.468148 

64 1109.81 178 0.016339 1.633927 

Total  10894  
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Table E.4: Normalization of peaks in T-RFLP for oil sample extracted after one-week 

shut-in period. (Eluted in 50 �l Buffer AE.) 

Sample peak Size Height Normalized height 

(Height/Total height) 

Normalized height 

(%) 

30 71.02 250 0.010182 1.018206 

33 73.85 112 0.004562 0.456156 

34 74.86 454 0.018491 1.849061 

37 79.43 102 0.004154 0.415428 

38 80.86 121 0.004928 0.492811 

39 82.34 128 0.005213 0.521321 

40 83.46 176 0.007168 0.716817 

41 84.57 153 0.006231 0.623142 

42 85.59 118 0.004806 0.480593 

44 88.89 156 0.006354 0.63536 

47 93.59 141 0.005743 0.574268 

59 110.32 106 0.004317 0.431719 

62 116.31 168 0.006842 0.684234 

68 127.35 139 0.005661 0.566122 

72 131.02 170 0.006924 0.69238 

82 147.72 105 0.004276 0.427646 

83 148.63 175 0.007127 0.712744 

93 167.75 124 0.00505 0.50503 

96 170.78 268 0.010915 1.091516 

97 171.83 249 0.010141 1.014133 

98 173.03 157 0.006394 0.639433 

100 175.14 181 0.007372 0.737181 

102 179.13 115 0.004684 0.468375 

105 189.15 161 0.006557 0.655724 
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111 205.32 110 0.00448 0.44801 

115 224.66 2727 0.111066 11.10659 

116 229.1 116 0.004724 0.472447 

117 230.07 278 0.011322 1.132245 

118 236.76 8262 0.336497 33.64966 

119 237.25 8268 0.336741 33.67409 

120 294.4 265 0.010793 1.079298 

121 680.51 244 0.009938 0.993769 

122 1110.32 254 0.010345 1.034497 

Total  24553  

Table E.5: Normalization of peaks in T-RFLP for oil sample extracted after two months. 

(Eluted in 40 �l Buffer AE.) 

Sample peak Size Height Normalized height 

(Height/Total height)

Normalized height

(%) 

24 56.41 109 0.004633 0.463317 

26 71.45 193 0.008204 0.820369 

35 204.9 8007 0.340347 34.03469 

36 223.05 110 0.004676 0.467568 

37 235.93 7748 0.329338 32.93378 

38 236.98 7069 0.300476 30.04761 

41 564.43 109 0.004633 0.463317 

43 573.55 181 0.007694 0.769362 

Total  23526   
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Table E.6: Normalization of peaks in T-RFLP for oil sample extracted after two months. 

(Eluted in 50 �l Buffer AE.) 

Sample peak Size Height Normalized height 

(Height/Total height)

Normalized height

(%) 

10 71.54 215 0.009023 0.9023 

17 204.86 7982 0.334984 33.49841 

19 223.11 146 0.006127 0.612725 

20 235.91 7723 0.324114 32.41145 

21 237 6836 0.286889 28.68894 

24 564.29 209 0.008771 0.877119 

25 566.03 119 0.004994 0.499412 

26 573.48 387 0.016241 1.62414 

27 575.34 108 0.004532 0.453248 

29 1109.79 103 0.004323 0.432265 

Total  23828   



161

National Energy Technology Laboratory 

626 Cochrans Mill Road 
P.O. Box 10940 
Pittsburgh, PA 15236-0940 

3610 Collins Ferry Road 
P.O. Box 880 
Morgantown, WV 26507-0880 

One West Third Street, Suite 1400 
Tulsa, OK 74103-3519 

1450 Queen Avenue SW 
Albany, OR 97321-2198 

539 Duckering Bldg./UAF Campus 
P.O. Box 750172 
Fairbanks, AK 99775-0172 

Visit the NETL website at: 
www.netl.doe.gov 

Customer Service: 
1-800-553-7681



North Slope Hydrology, Water Use, and 
Management Tools, 2002-2008 

Aerial photos of L9312 (a), Mine Site B (b), L9817 (c), Kuparuk Deadarm Reservoirs (d), and 
Michael Lilly performing maintenance to a weather station (e). 

by 
Michael Lilly, Dan White, and Larry Hinzman 

September 2008 

North Slope Lakes Hydrologic Project 
Report No. INE/WERC 08.16 

1



NORTH SLOPE HYDROLOGY, WATER USE, AND 
MANAGEMENT TOOLS, 2002-2008

Topical Report 
Reporting Period Start Date: July 1, 2002 
Reporting Period Ending Date: September 30, 2008 

By Michael R. Lilly2, Daniel M. White1, Larry D.Hinzman1

1 University of Alaska Fairbanks, Water and Environmental Research Center 
2 Geo-Watersheds Scientific

Submitted September 2008 
DOE Award Number: DE FC26-01NT 41248 

Submitted By: 
Arctic Energy Technology Development Laboratory 
University of Alaska Fairbanks 
PO Box 755910, Fairbanks, AK  99775-5880 

Prepared By: 
Water and Environmental Research Center 
University of Alaska Fairbanks 
PO Box 755860, Fairbanks, AK 99775 

Geo-Watersheds Scientific 
PO Box 81538 
Fairbanks, Alaska 99708 

Prepared in Cooperation with: 
BP Exploration (Alaska) Inc.    ConocoPhillips Alaska, Inc. 
Alaska Department of Natural Resources  Alaska Department of Fish and Game 
U.S. Bureau of Land Management 

Prepared For: 
US Department of Energy, National Energy Technology Laboratory 
626 Cochrans Mills Road, PO Box 10940 
Pittsburgh, PA  15236-0940 

Recommended Citation: 
Lilly, M.R., Hinzman, L.D., and White, D.M. 2008. North Slope Hydrology, Water Use, and Management Tools, 
2002-2008. September 2008.  University of Alaska Fairbanks, Water and Environmental Research Center, Report 
INE/WERC 08.16, Fairbanks, Alaska, 107 pp. plus appendices. 

For additional information write to: 

Publications
University of Alaska Fairbanks   
Water and Environmental Research Center   
PO Box 755860   
Fairbanks, AK 99775     

ii



North Slope Hydrology, Water Use, and Management Tools, 2002-
2008
By: 
Michael Lilly2, Daniel White1, and Larry Hinzman1

A report on research sponsored by: 

� U.S. Department of Energy 

� National Energy Technology Laboratory 

� BP Exploration (Alaska), Inc. 

� ConocoPhillips Alaska, Inc. 

� Bureau of Land Management 

� Geo-Watersheds Scientific 

September 2008 
North Slope Lakes Hydrologic Project 
Report Number INE/WERC 08.16 

1 University of Alaska Fairbanks, Water and Environmental Research Center 
2 Geo-Watersheds Scientific

iii



CONTENTS
SUBMITTED SEPTEMBER 2008 ................................................................................................. II

DOE AWARD NUMBER: DE FC26-01NT 41248 .......................................................................... II

DISCLAIMER............................................................................................................................ XII

ABSTRACT .............................................................................................................................. XIII

1 INTRODUCTION ...............................................................................................................1-1
1.1 PROJECT OVERVIEW .....................................................................................................................1-1
1.2 PROJECT LOCATION ......................................................................................................................1-5
1.3 SITE DESCRIPTIONS.......................................................................................................................1-6
1.4 LOCAL METEOROLOGY REVIEW...................................................................................................1-9
1.5 COOPERATIVE PROJECTS ............................................................................................................1-10
1.6 SUMMARY ...................................................................................................................................1-11
1.7 BIBLIOGRAPHY............................................................................................................................1-12

2 LAKE HYDROLOGY AND WATER USE ..........................................................................2-1
2.1 INTRODUCTION..............................................................................................................................2-1
2.2 PURPOSE........................................................................................................................................2-1
2.3 LAKE AND RESERVOIR HYDROLOGY ............................................................................................2-2
2.3.1 Lake K113 ..........................................................................................................................2-2
2.3.2 Lake K209 ..........................................................................................................................2-4

3 LAKE CHEMISTRY...........................................................................................................3-1
3.1 INTRODUCTION..............................................................................................................................3-1
3.2 PURPOSE........................................................................................................................................3-3
3.3 PHASE I NORTH SLOPE LAKES PROJECT .......................................................................................3-3
3.3.1 Background ........................................................................................................................3-3
3.3.2 Summary of Key Findings ..................................................................................................3-3
3.3.3 Selected Results..................................................................................................................3-4

3.4 PHASE II NORTH SLOPE LAKES PROJECT......................................................................................3-6
3.4.1 Background ........................................................................................................................3-6
3.4.2 Methods..............................................................................................................................3-7
3.4.3 Summary of Key Findings ..................................................................................................3-8

3.5 CONCLUSIONS .............................................................................................................................3-11
3.6 BIBLIOGRAPHY............................................................................................................................3-11

4 DISSOLVED OXYGEN PROCESSES AND MANAGEMENT TOOLS...............................4-1
4.1 INTRODUCTION..............................................................................................................................4-1
4.2 PURPOSE........................................................................................................................................4-3
4.3 DISSOLVED OXYGEN PROCESSES IN RELATION TO AQUATIC BIOTA ...........................................4-3
4.4 MATERIALS AND METHODS ..........................................................................................................4-7
4.4.1 Assumptions .......................................................................................................................4-9
4.4.2 Ice Growth .........................................................................................................................4-9
4.4.3 Oxygen in the Water Column .............................................................................................4-9
4.4.4 Calibration.........................................................................................................................4-9

4.5 RESULTS FROM THE MODEL CALIBRATION ................................................................................4-10
4.6 RESULTS FROM THE MODEL VALIDATION..................................................................................4-12

iv



4.7 CLIMATOLOGY ............................................................................................................................4-22
4.8 MANAGEMENT TOOLS ................................................................................................................4-23
4.9 DISCUSSION.................................................................................................................................4-25
4.10 CONCLUSIONS ......................................................................................................................4-26
4.11 BIBLIOGRAPHY.....................................................................................................................4-26

5 ESTIMATING LAKE/RESERVOIR POTENTIAL RECHARGE AND MANAGEMENT 
APPROACHES ..........................................................................................................................5-1

5.1 INTRODUCTION..............................................................................................................................5-1
5.1.1 Rainfall...............................................................................................................................5-3
5.1.2 Evaporation and Evapotranspiration ................................................................................5-3

5.2 POTENTIAL RECHARGE TOOL .......................................................................................................5-5
5.3 SPATIAL DISTRIBUTION OF DATA .................................................................................................5-9
5.3.1 Watershed Areas ..............................................................................................................5-11
5.3.2 Snow Water Equivalent....................................................................................................5-14
5.3.3 Rainfall.............................................................................................................................5-16
5.3.4 Evapotranspiration ..........................................................................................................5-17
5.3.5 Water Use.........................................................................................................................5-20
5.3.6 Results ..............................................................................................................................5-20

5.4 BIBLIOGRAPHY............................................................................................................................5-22

6 PROJECT CONCLUSIONS AND RECOMMENDATIONS ................................................6-1
6.1 INTRODUCTION..............................................................................................................................6-1
6.2 PURPOSE........................................................................................................................................6-3
6.3 POTENTIAL IMPACTS DUE TO WATER USE ...................................................................................6-3
6.4 WATER-MANAGEMENT TOOLS.....................................................................................................6-6
6.4.1 Hydrology Tools.................................................................................................................6-6
6.4.2 Chemistry Tools .................................................................................................................6-8

6.5 CONCLUSIONS AND RECOMMENDATIONS.....................................................................................6-9

APPENDIX A: PROJECT REPORTS AND PRESENTATIONS.............................................. A

APPENDIX B: EXAMPLE FIELD FORMS............................................................................. B

APPENDIX C: STUDY LAKES AND RESERVOIRS CHARACTERISTICS .......................... C

APPENDIX D: USER GUIDE FOR DISSOLVED OXYGEN MODEL INTERFACE............... D

APPENDIX E: GRAPHICAL INTRODUCTION TO THE DO MODEL ................................. E

v



LIST OF FIGURES 
FIGURE 1-1. AN ICE ROAD CONNECTING THE ALPINE FACILITY ON THE COLVILLE DELTA TO THE 

CD3 DRILLING PAD, WHICH ONLY HAS OVERLAND ACCESS IN WINTER CONDITIONS (PHOTO BY 
MICHAEL LILLY, GW SCIENTIFIC). ................................................................................................1-3 

FIGURE 1-2. MAP ILLUSTRATING LOCATION OF GENERAL STUDY SITE WITHIN THE ALASKA ARCTIC
COASTAL PLAIN................................................................................................................................1-5

FIGURE 1-3. LOCATIONS OF STUDY LAKES IN KUPARUK AND ALPINE OILFIELDS, NORTH SLOPE,
ALASKA. ............................................................................................................................................1-6 

FIGURE 1-4. LOCATION OF STUDY LAKES (K113, L9817, L9312) AND RESERVOIRS (KDA, AND MSB)
IN THE OIL-FIELD OPERATING AREAS ON THE NORTH SLOPE, ALASKA. ......................................1-6 

FIGURE 1-5. DISTRIBUTION OF MEAN MAXIMUM DEPTHS FOR ARCTIC COASTAL PLAIN LAKES 
(JOHNSON AND TRUETT, 2000). GEOGRAPHIC POINTS OF INTEREST HAVE BEEN ADDED. ..........1-8 

FIGURE 2-1. SPRING 2005 SNOWMELT OBSERVATIONS FOR LAKE K113..............................................2-3 
FIGURE 2-2. K209, K113, K214 WATER SPECIFIC CONDUCTANCE DURING WINTER OF 2003-04. .......2-4 
FIGURE 3-1. PERCENT OF TOTAL DISSOLVED OXYGEN IN TOP 30% OF UNFROZEN LAKE VOLUME IN 

JANUARY. ..........................................................................................................................................3-5 
FIGURE 3-2. RADAR DIAGRAMS SHOWING CHEMICAL COMPOSITIONS OF K113 (NON PUMPED LAKE)

AND L9312 (PUMPED LAKE) THROUGH TIME. ................................................................................3-6 
FIGURE 3-3. MEAN (± 95% CONFIDENCE INTERVAL) FERROUS IRON CONCENTRATION FOR 2005/2006

(PANEL A) AND 2006/2007 (PANEL B), AND DOC CONCENTRATION FOR 2005/2006 (PANEL C) AND 
2006/2007 (PANEL D), FOR EACH STUDY SITE AT THREE DEPTHS: BOTTOM, MIDDLE AND TOP...3-9 

FIGURE 3-4. DIFFERENCES IN THE END OF WINTER (APRIL) DO CONCENTRATION AMONG THE LAKES 
AND RESERVOIRS. IN EACH LAKE OR RESERVOIR THE HIGHEST DATA POINT FROM THE LAKE 
BOTTOM WAS TAKEN DIRECTLY BENEATH THE ICE. FOR LAKES L9312 AND L9817, WHERE 
MULTIPLE LOCATIONS WITHIN EACH LAKE WERE SAMPLED, DO CONCENTRATION = MEAN ±
95% CONFIDENCE INTERVAL.........................................................................................................3-10 

FIGURE 4-1. LOCATION OF STUDY LAKES (K113, L9817, L9312, W0609, W0613, W0705, W0708,
AND W0709) AND RESERVOIRS (KUPARUK DEAD ARM, MINE SITE B, SHAVIOVIK, AND BADAMI)
ON THE NORTH SLOPE OF ALASKA. ................................................................................................4-7 

FIGURE 4-2. DISSOLVED OXYGEN PROFILES FOR MINE SITE B (NORTH CELL) IN 2005/2006 USED IN 
THE MODEL CALIBRATION. ...........................................................................................................4-11 

FIGURE 4-3. DISSOLVED OXYGEN PROFILES FOR L9312 IN 2005/2006 USED IN THE MODEL
CALIBRATION..................................................................................................................................4-11 

FIGURE 4-4. DISSOLVED OXYGEN PROFILES FOR L9817 (NORTH CELL) IN 2006 USED IN THE 
MODEL CALIBRATION....................................................................................................................4-12 

FIGURE 4-5. MODEL VALIDATION FOR MINE SITE B (NORTH CELL). DISSOLVED OXYGEN 
PROFILES FOR 2006/2007. IN THE TOP PANEL (A), DAILY WATER-EXTRACTION WAS INCLUDED 
IN THE MODEL, WHEREAS IN PANEL (B) PUMPING DATA WERE NOT AVAILABLE. ......................4-13 

FIGURE 4-6. MODEL VALIDATION FOR L9312. DISSOLVED OXYGEN PROFILES FOR 2006/2007 AND 
2007/2008. DAILY WATER-EXTRACTION WAS INCLUDED IN THE MODEL FOR 2006/2007, BUT WAS 
UNAVAILABLE FOR 2007/2008........................................................................................................4-14 

FIGURE 4-7. MODEL VALIDATION FOR L9817. COMPARED WITH THE LEFT-HAND PANELS A (2007)
AND C (2008), THE MODEL-ESTIMATES OF THE END-OF-WINTER DO CONCENTRATIONS IN THE 
RIGHT-HAND PANELS B (2007) AND D (2008) WERE IMPROVED BY ADJUSTING THE MODEL INPUT 
FOR DO DURING FREEZE-UP AND RUNNING THE MODEL FORWARD UNTIL AN OPTIMAL FIT WAS 
OBTAINED WITH THE OBSERVED DO CONCENTRATION IN JANUARY. THE MODEL INPUT DO
CONCENTRATION IN PANELS A AND B, RESPECTIVELY, WERE 14.2 AND 12.5 MG/L. THE MODEL 
INPUT DO CONCENTRATION IN PANELS C AND D, RESPECTIVELY, WERE 14.2 AND 10.0 MG/L.
L9917 WAS NOT PUMPED IN 2007 (PANELS A AND B), BUT WAS PUMPED IN 2008 (PANELS C AND D).
.........................................................................................................................................................4-15 

vi



FIGURE 4-8. MODEL VALIDATION FOR MINE SITE B (SOUTH CELL). DISSOLVED OXYGEN PROFILES
ARE FOR 2005/2006, 2006/2007, AND 2007/2008. MINE SITE B (SOUTH CELL ) WAS NOT PUMPED 
THROUGHOUT THE STUDY PERIOD. ...............................................................................................4-16 

FIGURE 4-9. MODEL VALIDATION FOR KDA1. DISSOLVED OXYGEN PROFILES ARE FOR 2005/2006,
2006/2007, AND 2007/2008. KDA1 WAS NOT PUMPED THROUGHOUT THE STUDY PERIOD. .......4-17 

FIGURE 4-10. MODEL VALIDATION FOR KDA2. DISSOLVED OXYGEN PROFILES ARE FOR 2005/2006,
2006/2007, AND 2007/2008. KDA2 WAS PUMPED THROUGHOUT THE STUDY PERIOD, HOWEVER 
PUMPING DATA FOR THE MODEL WAS NOT CURRENTLY AVAILABLE FOR 2007/2008. ...............4-18 

FIGURE 4-11. MODEL VALIDATION FOR K113. DISSOLVED OXYGEN PROFILES ARE FOR 2005/2006,
2006/2007, AND 2007/2008. K113 WAS NOT PUMPED THROUGHOUT THE STUDY PERIOD..........4-19 

FIGURE 4-12. MEAN OF DAILY TEMPERATURE FOR 11 SITES ON THE NORTH SLOPE OF ALASKA (±
95 % CONFIDENCE INTERVAL). WEATHER STATIONS WERE LOCATED UP TO 200 KM APART. ...4-
22

FIGURE 4-13. INTER-ANNUAL CLIMATE VARIABILITY AT L9312.....................................................4-23 
FIGURE 4-14. INPUT DETAILS FOR THE MODEL INTERFACE. ...........................................................4-24 
FIGURE 5-1. NPRA WEATHER STATION NETWORK .............................................................................5-3 
FIGURE 5-2. POTENTIAL RECHARGE TOOL FLOW CHART...................................................................5-7 
FIGURE 5-3. ANNUAL ANALYSIS SCREENSHOT OF POTENTIAL RECHARGE TOOL. ..............................5-8 
FIGURE 5-4. SEASONAL ANALYSIS SCREENSHOT OF POTENTIAL RECHARGE TOOL. ...........................5-9 
FIGURE 5-5. THEISSEN POLYGONS FOR SUMMER RAINFALL. .............................................................5-10 
FIGURE 5-6. THEISSEN POLYGONS FOR EVAPOTRANSIRATION. .........................................................5-11 
FIGURE 5-7. INITIAL RESULTS FOR FIELD AND RIVERTOOLS WATERSHED DELINEATION OF LAKE

L9312...............................................................................................................................................5-12 
FIGURE 5-8. L9312 AREA FINAL WATERSHED AREA AND OUTFLOW DIRECTION...............................5-13 
FIGURE 5-9. L9817 AREA FINAL WATERSHED AREAS AND OUTFLOW DIRECTION .............................5-14 
FIGURE 5-10. 2007 CUMULATIVE RAINFALL FOR L9312 AND L9817. ................................................5-17 
FIGURE 5-11. SUMMER 2007 EVAPORATION FOR LAKE L9312...........................................................5-19 
FIGURE 5-12. SUMMER 2007 EVAPORATION FOR LAKE L9817. ..........................................................5-20 
FIGURE 6-1. WATER CHEMISTRY IN K113 DURING SPRING 2005 SNOWMELT AND LAKE RECHARGE.

SNOWMELT ABLATION IS ALSO SHOWN. .........................................................................................6-4 
FIGURE 6-2. L9312 WATER PLANT RAW-WATER SPECIFIC CONDUCTANCE DATA SHOWING SEASONAL 

VARIATION OF WINTER ICE FORMATION, SPRING DILUTION, SUMMER MIXING ...........................6-5 

vii



LIST OF TABLES 

TABLE 3-1. KEY ECOLOGICAL CONDITIONS FOR DIFFERENT FISH SPECIES. MODIFIED FROM O'NEIL,
ET AL 2001. ........................................................................................................................................3-2 

TABLE 3-2: STUDY LAKE CHARACTERISTICS.......................................................................................3-5 
TABLE 3-3. MEAN (± 95% CONFIDENCE INTERVAL) OXYGEN CONCENTRATION, CALCULATED 

OXYGEN SATURATION AT AVERAGE LAKE TEMPERATURE AND BAROMETRIC PRESSURE (I.E., 750
MMHG), PH, AND CONDUCTIVITY FOR THE MIDDLE THIRD OF THE WATER COLUMN. ................3-8 

TABLE 3-4. CUMULATIVE WATER USE FROM NOVEMBER 15TH TO APRIL 15TH FOR 2005/2006 AND 
2006/2007. .......................................................................................................................................3-11 

TABLE 4-1. LETHAL DISSOLVED OXYGEN LEVEL RESPONSES OF DIFFERENT ARCTIC FISH SPECIES AT 
VARIOUS TEMPERATURES (MODIFIED FROM COTT, ET AL.) ..........................................................4-6 

TABLE 4-2. MORPHOLOGICAL INFORMATION FOR THE FIFTEEN STUDY LAKES AND RESERVOIRS..4-
8

TABLE 4-3. INDEPENDENT VARIABLES USED TO FIT INDIVIDUAL LAKE MODELS. .........................4-10 
TABLE 4-4. AVERAGE END-OF-WINTER OXYGEN CONCENTRATION ± STANDARD DEVIATION (SD).

.........................................................................................................................................................4-12 
TABLE 4-5. END-OF-WINTER WATER LEVEL AND AVERAGE OXYGEN CONCENTRATION ±

STANDARD DEVIATION (SD) FOR LAKES AND RESERVOIRS IN THE KUPARUK FOOTHILLS, AND 
THE COASTAL REGION OF THE SAGAVANIRKTOK RIVER. LAKES AND RESERVOIRS WERE 
SAMPLED EVERY MAY FROM 2006 – 2008. * N=1, **TO BE ABLE TO USE THIS LAKE IN THE 
MODEL THE INITIAL LAKE DEPTH WAS CHANGED TO 2.10 M. *** SAMPLED AT LAKE-EDGE. NA =
DATA NOT AVAILABLE FROM THE MODEL BECAUSE THE ASSUMED WINTER ICE GROWTH IN THE 
MODEL OF 2.1 M EXCEEDED THE INITIAL LAKE DEPTH. TURNED OVER = SPRING TURNOVER HAD 
OCCURRED IN THE RESERVOIR. .....................................................................................................4-21 

TABLE 4-6: LAKE TYPES USED IN THE MODEL TO SELECT THE APPROPRIATE MODEL INPUT
PARAMETERS FOR SOD, WCOD, AND MIXING............................................................................4-25 

TABLE 5-1. INPUTS FOR ET CALCULATIONS. ........................................................................................5-5 
TABLE 5-2. 2007 SWE COMPARISONS FOR LAKES L9312 AND L9817................................................5-15 
TABLE 5-3. 2008 SWE COMPARISONS FOR LAKES L9312 AND L9817................................................5-16 
TABLE 5-4. ALPHA VALUES FROM ROVANSEK (1996) AND MENDEZ (1998). .....................................5-18 
TABLE 5-5. ANNUAL POTENTIAL RECHARGE CALCULATION FOR 2006-2007 WATER YEAR (TOP

TABLE), SEASONAL POTENTIAL RECHARGE CALCULATIONS FOR 2007-2008 WINTER (OCT.-MAY)
(BOTTOM TABLE). ...........................................................................................................................5-21

TABLE 5-6. WATER LEVELS FOR LAKES L9312 AND L9817 (* BASED ON ARBITRARY DATUM). ......5-21 

viii



CONVERSION FACTORS, UNITS, WATER QUALITY UNITS, 
VERTICAL AND HORIZONTAL DATUM, ABBREVIATIONS AND 

SYMBOLS
Conversion Factors 

Multiply By To obtain 

Length
inch (in.) 25.4 millimeter (mm) 
inch (in.) 2.54 centimeter (cm) 

foot (ft) 0.3048 meter (m) 
mile (mi) 1.609 kilometer (km) 

Area
Acre 43559.999 square feet (ft2)
Acre 0.405 hectare (ha) 

Square foot (ft2) 3.587e-8 square mile (mi2)
square mile (mi2) 2.590 square kilometer (km2)

Volume
gallon (gal) 3.785 liter (L) 
gallon (gal) 3785.412 milliliter (mL) 

Cubic foot (ft3) 28.317 liter (L) 
Acre-ft 1233 Cubic meter (m3)

Velocity and Discharge
foot per day (ft/d) 0.3048 meter per day (m/d) 

Square foot per day (ft2/d ) .0929 square meter per day (m2/d)
cubic foot per second (ft3/s) 0.02832 cubic meter per second (m3/sec)

Hydraulic Conductivity
foot per day (ft/d) 0.3048 meter per day (m/d) 
foot per day (ft/d) 0.00035 centimeter per second (cm/sec) 

meter per day (m/d) 0.00115 centimeter per second (cm/sec) 

Hydraulic Gradient
foot per foot (ft/ft) 5280 foot per mile (ft/mi) 

foot per mile (ft/mi) 0.1894 meter per kilometer (m/km) 

Pressure
pound per square inch (lb/in2 ) 6.895 kilopascal (kPa) 
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Units

For the purposes of this report, both English and Metric (SI) units were employed. The choice of 
“primary” units employed depended on common reporting standards for a particular property or 
parameter measured. Whenever possible, the approximate value in the “secondary” units was 
also provided in parentheses. Thus, for instance, stream flow was reported in cubic feet per 
second (cfs) followed by the equivalent value in cubic meters per second (m3/s) in parentheses. 

Physical and Chemical Water-Quality Units: 

Temperature:  
Water and air temperature are given in degrees Celsius (°C) and in degrees Fahrenheit (°F). 
Degrees Celsius can be converted to degrees Fahrenheit by use of the following equation: 

°F = 1.8(°C) + 32 

Specific electrical conductance (conductivity):
Conductivity of water is expressed in microsiemens per centimeter at 25°C (�S/cm).  This unit is 
equivalent to microhms per centimeter at 25°C. 

Milligrams per liter (mg/L) or micrograms per liter (�g/L):
Milligrams per liter is a unit of measurement indicating the concentration of chemical 
constituents in solution as weight (milligrams) of solute per unit volume (liter) of water.  One 
thousand micrograms per liter is equivalent to one milligram per liter.  For concentrations less 
than 7,000 mg/L, the numerical value is the same as for concentrations in parts per million. 

Millivolt (mV):  
A unit of electromotive force equal to one thousandth of a volt. 

Vertical Datum: 
In this report, "sea level" refers to the National Geodetic Vertical Datum of 1929 (NGVD of 
1929), a geodetic datum derived from a general adjustment of the first-order level nets of both 
the United States and Canada, formerly called Sea Level Datum of 1929.

Horizontal Datum: 
The horizontal datum for all locations in this report is the North American Datum of 1983 or 
North American Datum of 1927. 

x



Abbreviations, Acronyms, and Symbols
AC  Actual conductivity 
ADOT&PF Alaska Department of Transportation and Public Facilities 
ASTM  American Society for Testing and Materials 
atm  atmospheres 
C  Celsius 
DO  Dissolved oxygen 
DVM  digital voltage multi-meter 
e-tape  electric tape  
F  Fahrenheit (oF).
ft  feet  
GWS  Geo-Watersheds Scientific 
GWSI  USGS Ground-Water Site Inventory 
km2  square kilometers  
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mi2  square miles  
mm  millimeters  
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ORP  oxygen-reduction potential  
ppm  parts per million, equivalent to mg/L 
SC25  specific conductance at 25oC
SWE  Snow Water Equivalent 
QA  quality assurance  
QC  quality control  
UAF  University of Alaska Fairbanks  
USACE  U.S. Army Corps of Engineers, Alaska District  
USGS  U.S. Geological Survey 
WERC  Water and Environmental Research Center 
WWW  World Wide Web 
YSI  Yellow Springs Instruments 

Lake Nomenclature
KDA  Kuparuk Dead Arm (Prudhoe Bay field, serves Prudhoe Bay field operations) 
MSB  Mine Site B (Prudhoe Bay field, serves Milne Point and Kuparuk field operations) 
L9312  Lake L9312 (Alpine field, serves Alpine field operations) 
L9817  Lake L9817 (Alpine field, serves Alpine field operations) 
K113  Lake K113 (Prudhoe Bay field, not currently used for field operations) 
K209  Lake K209 (Kuparuk field, serves Alpine Ice Road) 
K203   Lake K203 (Kuparuk field, serves Alpine Ice Road) 
K214  Lake K214 (Kuparuk field, serves Alpine Ice Road) 

xi



DISCLAIMER

This report was prepared as an account of work sponsored by an agency of the United States 
Government. Neither the United States Government nor any agency thereof, nor any of their 
employees, makes any warranty, express or implied, or assumes any legal liability or 
responsibility for the accuracy, completeness, or usefulness of any information, apparatus, 
product, or process disclosed, or represents that its use would not infringe privately owned 
rights. Reference herein to any specific commercial product, process, or service by trade name, 
trademark, manufacturer, or otherwise does not necessarily constitute or imply its endorsement, 
recommendation, or favoring by the United States Government or any agency thereof. The views 
and opinions of authors expressed herein do not necessarily state or reflect those of the United 
States Government or any agency thereof. 

The contents of this report reflect the views of the authors, who are responsible for the accuracy 
of the data presented herein. This research was funded by the U.S. Department of Energy (DOE), 
National Energy Technology Laboratory (NETL). Funding and support was also provided by the 
Bureau of Land Management (BLM), BP Exploration (Alaska) Inc. (BPX), ConocoPhillips 
Alaska, Inc. (CPA), and Geo-Watersheds Scientific (GWS). The contents of the report do not 
necessarily reflect the views of policies of the DOE, NETL, BLM, BPX, CPA, GWS, or any 
local sponsor. This work does not constitute a standard, specification, or regulation.

The use of trade and firm names in this document is for the purpose of identification only and 
does not imply endorsement by the University of Alaska Fairbanks, DOE, NETL, BLM, BP, 
CPA, GWS, or other project sponsors. 

xii



ABSTRACT

Oil and gas exploration and production facilities on the North Slope, Alaska, depend on water 
for constructing winter ice roads and pads, facility operations, camp use, summer road watering, 
pipeline repair and replacement, and enhanced recovery operations. Ice road construction has 
been a primary use of water in recent years associated with expanding exploration in new field 
areas. The increasing use of ice roads has also taken the place of building some permanent gravel 
roads, such as the ice road route to the Alpine facility. The primary source of water for ice roads 
are natural tundra lakes. In more developed field areas, gravel extraction from river floodplains 
has resulted in a series of reservoirs, some serve as primary water sources in these areas. While 
the regulatory limits had been viewed as conservative by agencies, there was little 
documentation on the effect of the water use practices.  

This project began in 2002 (Phase 1) with a focus on winter use of natural lakes. The project 
focused on physical and chemical characteristics of the lakes and water use evaluation. 
Biological studies were initially planned, but dropped in response to funding reductions. In the 
first two years of the project, four lakes were selected for study. K113 and K203 were chosen as 
two background lakes that were not being pumped at the time. K209 and K214 were the two 
lakes chosen to study water use. In early 2004, two additional lakes were added in the Alpine 
operating area and eastern National Petroleum Reserve – Alaska (NPR-A). L9312 is adjacent to 
Alpine and was used as the facility water supply lake. L9817 was located on an ice road route 
into NPR-A. These lakes were primarily monitored during winter months and during breakup. 
The study results detected no impacts due to water use. However, water use was far below the 
volume allowed by current permits. The study found the chemistry of tundra lakes varied due to 
natural processes, such as ice formation and exclusion of solutes from lake ice, but could not 
associate any changes in lake water chemistry to water use. Study lakes were all observed to 
recharge during spring snowmelt. L9312 was recharged both by snowmelt from its contributing 
watershed, and overbank flooding from the adjacent Colville River in 2004, but was not flooded 
in 2005. The lake fully recharged by fall freeze-up, due to both spring snowmelt recharge and 
summer precipitation.  

This portion of the study also investigated the potential for ground-water seepage from some 
reservoirs adjacent to the Kuparuk River. Geophysical surveys were done in the area and no 
thawed connections between the Kuparuk River and Kuparuk Deadarm Reservoirs (cell 1 -
KDA1) were found. Additionally, water levels in KDA1 never dropped during the winter of 
2004/05, or subsequent winters during the study. There was no effective ground-water 
connection found between reservoir cells, or KDA1 and the river. An additional task under Phase 
1 was to review literature and publish an annotated bibliography of arctic lakes and water use. 
Over 300 papers were identified in this review. One hundred references were summarized in the 
review and another 100 references were included in the bibliography. 

The results of Phase 1 indicated that under the common water-use practices, there were no 
measurable impacts in the study lakes. We found water-use practices and permitting were very 
conservative. Contributing factors included a lack of regional meteorological data, no 
applications of watershed processes important to tundra lakes. We also found limitations in 
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determining dissolved oxygen (DO) during winter months, important for overwintering fish 
habitat. A second project phase was initiated in 2005 to help address these questions and to help 
provide management agencies and industry with tools to help better understand and use 
information to manage water use and permitting. Additionally, the project team coordinated with 
other regional projects related to watershed hydrology, lakes, and future development. These 
projects helped provide complementary data over a larger portion of the North Slope and 
improve transferability of project information from the main index lakes to other areas of the 
North Slope. 

The chemistry variation in lakes and reservoirs was found to vary seasonally and be dominated 
by winter ice formation and solute exclusion processes. Spring recharge “reset” lake chemistry 
back to previous early summer conditions. Ice cover limits the exchange of oxygen with the 
atmosphere, but the formation of lake ice also results in the exclusion of DO from the forming 
ice and addition to underlying water. A modeling tool was developed to help understand the DO 
uptake processes in lakes and reservoirs and the potential impacts due to pumping. The major 
uptake mechanism impacting DO during the winter months was found to be oxygen consumption 
in lake-bottom sediments. Water withdraw did not produce measureable reductions on DO. All 
of the reservoirs sampled for this project showed relatively high levels of DO at end of winter 
conditions. This may be due to the absence, or substantially reduced accumulation of organic 
sediments as compared with naturally-formed tundra lakes in more organic rich sediments. Some 
of these reservoirs have lower DO zones in the deeper portions of the reservoirs. Additionally, 
reservoirs sampled in other coordinated projects (Duck Island, Shaviovik, Badami, and Annie 
Pit) also showed relatively higher levels of DO at end of winter. Reservoirs, where recharged 
adequately by fresh-water input, can likely sustain greater water withdrawal volumes, while still 
maintaining adequate DO for overwintering habitat.  

Lakes and reservoirs are recharged by their surrounding watersheds. The differences between the 
available water fluxes in and out of the watershed can be viewed as “potential recharge” that can 
replace water use in lakes and reservoirs. When adjacent to streams or rivers, spring or summer 
flooding (overbank, backwater, or culvert directed) may provide “additional recharge” volumes 
far greater than the volumes of the water bodies or potential recharge in the relevant watersheds. 
Simple determinations of “potential recharge” can help evaluate relative inflows and outflows to 
a lake or reservoir, compared with permitted water use. Critical components to understanding 
potential recharge include the lake/reservoir watershed area, summer evapotranspiration and 
water evaporation, and winter/summer precipitation over the contributing watershed. A potential 
recharge calculation tool was developed to help users integrate watershed and lake/reservoir 
information, inflows and outflows, and water permitting information. In general, the natural 
fluxes in and out of tundra lakes are far greater than permitted water use. Some other tools 
(procedures) for water users and agencies include better definition of outlet elevations, defining 
the full-volume water-surface elevation to help define excess water volumes, and application of 
measured ice thickness in permitting and water use management.  

Information and management tools developed by the project will benefit current water use 
activities, and also future uses in new exploration areas. Improving the understanding of 
hydrologic processes and local weather and hydrologic conditions can continue to improve the 
management flexibility for both agencies and industry water users. The continued application of 
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regional meteorological and hydrologic data will also help address increasing awareness and 
associated uncertainty related to changing climate conditions.  

EXECUTIVE SUMMARY

Oil and gas exploration and production facilities on the North Slope, Alaska, depend on water 
for constructing winter ice roads and pads, facility operations, camp use, summer road watering, 
and enhanced recovery operations. Ice-road construction has been a dominant use of water in 
recent years associated with expanding exploration. The increasing use of ice roads has also 
taken the place of building some permanent gravel roads, such as the ice-road route to the Alpine 
facility. The primary source of water for ice roads are natural tundra lakes. In more developed 
field areas, gravel extraction has resulted in a series of reservoirs, some of which serve as key 
water sources. The oldest operating field areas, Prudhoe Bay to Kuparuk, are also in one of the 
highest lake-density areas on the coastal plain. As exploration continued out from these 
developed areas, there was a growing concern that water use from natural lakes had the potential 
for impacting fisheries and other ecosystem functions. The primary concern in the early 2000’s 
was winter use of lakes, as this was when some of the greatest volumes were withdrawn for ice 
road construction and over-wintering fish habitat in lakes is most critical. Little was known 
about the effect of winter water use, the natural hydrologic cycle of arctic lakes, or the limits at 
which water use could cause problems. While regulatory limits had been viewed as conservative 
by agencies, there was little documentation on the effectiveness of water-use practices.  

This project began in 2002 (Phase 1) with a focus on winter use of natural lakes. The project 
focused on physical and chemical characteristics of lakes and water-use evaluation. Biological 
studies were initially planned, but dropped in response to funding reductions. The project team 
also felt there had been numerous fish studies and the greatest needs were with physical and 
chemical process interactions. With the dominance of the tundra landscape on the North Slope 
coastal plain, these lakes are commonly referred to as tundra lakes. A majority of these lakes are 
also termed thaw lakes and were formed by melting of ice-rich permafrost. In the first two years 
of the project, four lakes were selected for study. K113 and K203 were chosen as two 
background lakes, which were not being pumped. K209 and K214 were chosen as the two 
pumped lakes. In early 2004, two additional lakes were added in the Alpine operating area and 
eastern National Petroleum Reserve – Alaska (NPR-A). L9312 is adjacent to Alpine and was 
used as the facility water-supply lake. L9817 is located on an ice-road route into NPR-A. These 
lakes were primarily monitored during winter months and during spring breakup. The study 
results indicated no measureable impacts due to water use. However, water use was also less 
than permitted volumes. This problem illustrated a common issue for most of the central coastal 
plain where lake density is the highest. The amount of water permitted, was much greater than 
the amount of water used. The reasons for permitting more water than may be used are related to 
several factors. Permits generally are obtained for multiple years and must be permitted in 
advance of actual use. Industry also needs operational flexibility to plan in advance a number of 
exploration programs and approaches, and then be able to choose those best meeting business 
objectives for a particular winter season. Weather and other logistical constraints can also cause 
changes in plans during winter exploration seasons, increasing the need for additional alternative 
water sources. The relative access to permits versus actual use data created a perception among 
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public groups that the amount of water permitted was the amount used. This misconception was 
addressed through project outreach activities and presentations. 

The study found the chemistry of tundra lakes varied due to natural processes, such as ice 
formation and exclusion of solutes from lake ice, but did not detect any changes in lake water 
chemistry due to water use. Study lakes were all observed to recharge during spring snowmelt. 
L9312 was recharged both by snowmelt from its contributing watershed, and overbank flooding 
from the adjacent Colville River in 2004, but was not flooded in 2005. The lake did fully 
recharge by fall freeze-up, due to both spring snowmelt-recharge and summer precipitation.  

This portion of the study also investigated the potential for ground-water seepage from reservoirs 
adjacent to the Kuparuk River. The concern at the time was the potential for a ground-water 
connection between the east channel of the Kuparuk River and cell one of the Kuparuk Deadarm 
Reservoirs (cell 1 - KDA1). Geophysical surveys were conducted in the area, which indicated 
some thawed areas under the cells (1-3), but no thawed connections between the river and 
KDA1. Additionally, water levels in KDA1 never dropped during the winter of 2004/05, or 
subsequent winters during the study. Water levels rose slightly during winter months due to 
snow loading on the reservoir ice cover. No effective ground-water connections were found 
between reservoir cells and the river. Additionally, there was no effective ground-water 
connection found between cells. Most of the subsurface sediments were found to be frozen and 
ice saturated. An additional task under Phase 1 was a review of literature related to arctic lakes 
and water use. An annotated bibliography from the review of over 300 papers was produced. 
One hundred references were summarized in the review and another 100 references were 
included in the bibliography. 

The results of Phase 1 indicated that with the typical levels of water used, there were no 
observable impacts in the study lakes from water use. It was also identified that water-use 
practices and permitting were very conservative; in part due to lack of regional meteorological 
data, understanding of watershed process important to tundra lakes, and concerns with dissolved 
oxygen (DO) levels during winter months, important for overwintering fish habitat. A Phase 2 of 
the project was initiated in 2005 to help address these questions and to help provide management 
agencies and industry with tools to better understand and use information to manage water use 
and permitting. During this phase of the study, a focus was placed on lakes and reservoirs that 
would have a greater chance of meeting permit limits. This would allow better verification of the 
effectiveness of permit limits and areas where the water-use permitting process could be 
improved and safely allow increased water-use. The importance of reservoirs was also addressed 
by adding two reservoirs to the study. These were the Kuparuk Deadarm Reservoirs (cells 1, 2, 
3) and Mine Site B (Six-Mile Lake), which has a north and south cell. Lake K113 was kept as a 
non-pumped reference lake, and lakes L9312 and L9817 were also kept due to their potential for 
use and their different water-use patterns. Additionally, L9312 was the single natural lake in the 
study that had shown relatively high levels of DO, above the amounts considered to be at a stress 
level for fish. Some additional lakes and reservoirs were included in the study to help investigate 
specific questions. Additionally, the project team coordinated with other regional projects related 
to watershed hydrology, lakes, and future oil and gas development. These projects helped 
provide complementary data over a larger portion of the North Slope. The regional comparisons 
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helped improve our understanding and the transferability of project information from our main 
index lakes and reservoirs to other areas. 

The results of studying these lakes and reservoirs helped demonstrate a number of important 
watershed and water-use practices. Chemistry variation in lakes and reservoirs was found to vary 
seasonally and be dominated by winter ice-formation and solute- exclusion processes, followed 
by spring recharge which “reset” lake chemistry back to previous early summer conditions. Ice 
cover limits the exchange of oxygen with the atmosphere, but the formation of lake ice also 
results in the exclusion of DO from the forming ice cover and resulting addition to underlying 
water. A modeling tool was developed to help understand the processes using DO in lakes and 
reservoirs and potential impacts due to pumping. The major uptake mechanism impacting DO 
during the winter months was found to be oxygen consumption in lake-bottom sediments. Water 
withdraw did not produce measureable reductions in DO. There are some logical approaches in 
the overall management of DO in winter lakes and reservoirs. Some of these involve taking 
water from deeper areas of reservoirs that may have lower DO. At the same time, pumping 
cannot be so low as to disturb bottom sediments and increasing the turbidity of water withdrawn 
from lakes or reservoirs. Consumption of DO in the water column by biological oxygen demand 
(BOD) was tested and not measurable. Mine Site B had the highest uptake levels of oxygen of 
the lakes and reservoirs, but still maintained high to moderate levels of DO throughout most of 
its water column. Shallow thaw lakes (K113, K209, K204, K203, L9817) were all 
characteristically low in DO by end of winter. L9312 which is moderately deeper, but also in a 
fluvial delta environment, showed consistently high levels of DO at the end of winter. This could 
be a function of both water depth and type of lake bottom sediments. All of the reservoirs 
sampled for this project Kuparuk Deadarm Reservoirs (cells 1, 2, 3, 4, 5, 9), Mine Site B (North 
and South cells), Webster Reservoir, Vern Lake (a gravel pit) showed relatively high levels of 
DO at end of winter. Some of these reservoirs have lower DO zones in deeper portions of the 
reservoirs. Additionally, reservoirs sampled in other coordinated projects (Shaviovik, Badami, 
Annie Pit) also showed relatively higher levels of DO at end of winter. Reservoirs, which were 
recharged adequately by fresh-water input, can likely sustain greater water withdrawal volumes 
while still maintaining adequate DO for overwintering habitat.  

Lake and reservoirs are recharged by their surrounding watersheds. The differences between the 
available water fluxes in and out of the watershed can be viewed as “potential recharge” that can 
replace water use in lakes and reservoirs. When adjacent to streams or rivers, spring or summer 
flooding (overbank, backwater, or culvert directed) may provide “additional recharge” volumes 
far greater than the volumes of the water bodies or potential recharge in the relevant watersheds.. 
In many cases, it is not practical to directly measure the inflows and outflows to lakes and 
reservoirs. However, simple determinations of “potential recharge” can help evaluate the relative 
natural inflows and outflows to a lake or reservoir against the permitted water use. Critical 
components to understanding potential recharge include the lake/reservoir watershed area, 
summer evapotranspiration and water evaporation, and winter/summer precipitation over the 
contributing watershed. Some lakes and reservoirs have relatively small contributing watershed 
areas (L9817, L9312, Webster Reservoir), while others have very large watershed areas 
(Kuparuk Deadarm Reservoirs, Mine Site B). Vern Lake and L9312 are examples of lakes and 
reservoirs that receive frequent overbank recharge from the Sagavanirktok and Colville Rivers 
respectively. Vern Lake receives more recharge through a series of channels that were originally 
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enhanced to provide better fish passage. L9312 is located in the Colville Delta and can receive 
overland recharge from various directions based on year to year variability in backwater flooding 
or direct overflow. In most cases of overbank flooding, complete recharge can occur in a few 
hours or less, depending on the rate of rise in floodwaters. A potential recharge calculation tool 
was developed to help users integrate watershed and lake/reservoir information, inflows and 
outflows, and water permitting information. In general, the natural fluxes in and out of tundra 
lakes are far greater than permitted water use. Some other tools (procedures) for water users and 
agencies include better definition of outlet elevations, defining the full-volume water-surface 
elevation to help define excess water volumes, and applications of measured ice thicknesses in 
permitting and water-use management.  

Information and management tools developed by the project will benefit current water-use 
activities, and also future uses in new exploration areas. Improving the understanding of 
hydrologic processes and local weather and hydrologic conditions can continue to improve the 
management flexibility for both agencies and industry water users. The continued application of 
regional meteorological and hydrologic data will also help address increasing awareness and 
associated uncertainty related to changing climate conditions.  
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1 INTRODUCTION

Authors:  Lilly, M.R., Hinzman, L., White, D.M. 

Recommended Citation:  Lilly, M.R., Hinzman, L., and White, D.M., Introduction, in 2008,
North Slope Hydrology, Water Use, and Management Tools, 2002-2008.  University of Alaska 
Fairbanks, Water and Environmental Research Center, Report INE/WERC 08.16, Fairbanks, 
Alaska, 107 pp, plus appendices. 

1.1 Project Overview 

Oil and gas exploration and production facilities on the North Slope, Alaska, depend on water 
for winter ice roads and pads, facility operations, camp use, summer road watering, and 
enhanced recovery operations. Ice-road construction has been a dominant use of water in recent 
years associated with expanding exploration. The increasing use of ice roads has also taken the 
place of building some permanent gravel roads, such as the ice-road route to the Alpine facility. 
The primary source of water for ice roads are natural tundra lakes. In more developed field areas, 
gravel extraction has resulted in a series of reservoirs, some of which serve as key water sources. 
The oldest operating field areas, Prudhoe Bay to Kuparuk, are also in one of the highest lake-
density areas on the coastal plain. As exploration expanded out from these developed areas, there 
was a growing concern that water use from natural lakes had the potential for impacting fisheries 
and other ecosystem functions. The primary concern in the early 2000’s was winter use of lakes, 
as this is when some of the greatest volumes were withdrawn for ice road construction and over-
wintering fish habitat in lakes is most critical. Little was known about the affect of winter water 
use, the natural hydrologic cycle of arctic lakes, or the limits at which water use could cause 
problems. While regulatory limits had been viewed as conservative by agencies, there was little 
documentation on the effectiveness of water-use practices.  

Construction on ice-roads and pads begins in December or January when the tundra mat is 
adequately frozen to support construction traffic and continues through April (depending upon 
weather).  On a case-by-case basis, some ice roads or pads may start earlier with pre-packing of 
snow, spreading ice chips and other activities intended on starting construction sooner. Recently 
numerous questions have been raised regarding the potential environmental consequences of 
water withdrawal.  Possible effects of pumping include impacts to the water balance, direct 
impacts to aquatic organisms (including fish and invertebrates), and impacts to the lake water 
chemistry (with subsequent effects on aquatic biota).  There may also be associated cumulative 
impacts as lakes are repeatedly pumped year after year.  Questions have also been raised on 
pumping ponds and the consequent effects on neighboring (and potentially connected) unfrozen 
zones within frozen rivers that serve as over-winter fish habitat. This study included continuous 
monitoring of water characteristics that may be affected by pumping activities and evaluation of 
the factors that impact biological populations and chemical concentrations.  We also examined 
the inter-connectivity of lake and surface-water channel networks in mid-winter to determine if 
pumping from one lake can impact a neighboring lake or river channel pool. 
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Investigation of the physical and chemical effects of mid-winter pumping activity was conducted 
at six tundra lakes within the Alaska Arctic Coastal Plain during the 2002-2003, 2003-2004 and 
2004-2005 winters.  The purpose of the first phase of the study was to determine the impact of 
using tundra lakes as a freshwater resource for the construction of ice roads and pads. 
Measurements of water surface level, specific conductance, temperature and dissolved oxygen 
were recorded in near real-time providing an opportunity to detect immediate and cumulative 
response from pumping activities.  Water-quality variables and recharge processes were also 
examined to further determine the impacts of mid-winter pumping activity.   

Ice roads, pads and airstrips are an essential part of the winter arctic transportation infrastructure 
on the North Slope of Alaska and in other cold regions.  Trucking freight by ice roads allows for 
the timely delivery of materials and supplies at a fraction of the cost of traditional airfreight.
Mobilizing exploration activities from ice pads also allows for minimal commitment while 
investigating the resource potentials of various sites.  Moreover, the ice infrastructure has a 
minimum impact on the environment as it melts away seasonally, with some short-term affects 
on vegetation diversity but negligible long-term (> 20 years) environmental footprint on the 
sensitive arctic terrain (Guyer and others, 2006). 
     
The construction of ice roads was pioneered by John Denison in the 1950s in response to the 
existing inefficient system for hauling mining equipment and supplies throughout the gold-rich 
western Canadian provinces (Iglauer, 1974).  Using experimental construction methods, Denison 
was able to build a transportation route linking lake to lake by ice roads and thereby make faster, 
more efficient long haul trips by taking shorter and more open routes through the terrain.  The 
crowning achievement of Denison’s methods was the completion of a 520 km ice road leading 
from a camp in Port Radium near Great Bear Lake to Yellowknife, NWT. 

On the North Slope, where industrial transportation requirements are primarily defined by oil 
industry needs, ice road construction begins once the tundra is frozen and an adequate amount of 
snow cover exists to allow low-impact tundra travel vehicles access to the terrain.  The available 
snow is consolidated by the vehicles for a base layer and then successive sprayings of water 
taken from nearby permitted lakes builds up an ice roadbed to a sufficient depth. Additionally, 
ice chips may be used to help supplement the available snow pack and rapidly build a thicker 
base. The spreading of ice chips can help build both a faster ice road, and one requiring less 
maintenance. Ice chips are removed from permitted lakes in areas where the water is frozen to 
the lake bed. Successive sprayings of water taken from nearby permitted lakes builds up an ice 
roadbed to a sufficient depth (Figure1-1). Overall, the modern construction of ice roads is well 
planned and executed.  However, concerns about the potential effects of withdrawing large 
volumes of water from the tundra lakes have arisen.   

Concerns about the potential effects of withdrawing large volumes of water from the tundra 
lakes have arisen (National Research Council, 2003, p. 126-126, 153).  The main concern is that 
pumping will negatively impact physical and chemical variables at the pumping lakes, which 
will in turn negatively affect the resident fish population.  The hypothesis of this study is that 
discrete changes in physical and chemical variables of lakes subjected to winter pumping can be 
detected.  The null hypothesis is that such changes cannot be detected.  An example of potential 
impact from pumping activity is that pumped lakes might incur a water balance deficit due to 
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water withdrawal volumes if not adequately recharged by spring meltwater.  The deficit might be 
observed immediately in the following spring after winter pumping or potentially as a 
cumulative, long-term impact from continuous winter pumping activity at the same lake year 
after year.  Alternatively, the possibility remains that impacts due to pumping may occur in 
variables not included in the study design. 

Figure 1-1. An ice road connecting the Alpine facility on the Colville Delta to the CD3 drilling pad, which 
only has overland access in winter conditions (photo by Michael Lilly, GW Scientific). 

This study examined and characterized lake recharge, water surface levels, specific conductance, 
temperature, dissolved oxygen (DO), and numerous water quality variables in order to analyze 
the impact of pumping activity. Various techniques of data collection were investigated and we 
noted a need for standardization of methods, especially for DO measurements. Extensive efforts 
were invested into Quality Assurance and Quality Control (QA/QC) but the rigors of working in 
extreme cold and persistent winds introduced problems not normally encountered in limnology 
studies in more temperate regions.  These harsh conditions frequently created equipment 
problems, such as freezing probes.  We were careful to confirm data quality; however, data 
collected under similar conditions in previous studies may not be directly comparable if adequate 
QA/QC protocols were not followed. In years one and two, two pumped lakes were compared to 
two non-pumped control lakes in the Kuparuk field to determine differences due to pumping.  
Two additional lakes in the Alpine area were added in year three.

Our data collection system included continuous monitoring of several variables (including water 
temperature, water level and conductivity) using a raft mounted data logger system.  This 
continuous monitoring enabled observation of changes that might occur in response to pumping 
events.  The data logging system was connected via radio telemetry so the system could be 
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observed in near real time.  This presented some advantages in monitoring the functionality of 
the data logger and instruments.  Unfortunately, it was nearly impossible to replace sensors that 
were beneath the lake ice but we were able to avoid some problems such as battery failure. 
Water surface levels were investigated in an attempt to observe pumping activity in near real-
time at 15-minute intervals.  Estimations based on idealized lake bathymetry projections were 
calculated and compared to detected changes in water surface levels.  Detecting water surface 
level changes is a challenge because the expected change is minimal.  The ability to accurately 
gauge water surface levels at the pumped lakes in near real-time would be a desirable tool for 
pumping operators, planners and regulators where water surface levels could be networked into 
an accessible database providing a proxy to a limiting water surface level at the permitted 
pumped lakes.     

Specific conductance was measured both by continuous recording sensors and in periodic visits 
to the lakes. These measurements correlate very well with many chemical constituents of 
interest.  Temperature is an important variable to qualify.  Thermal disturbances due to pumping 
might occur that might affect the metabolic activity of aquatic biota.  Any thermal differences 
between pumped and control lakes are important to detect and quantify.    

Dissolved oxygen is a critical variable for fish.  Due to low temperatures, resident fish usually 
maintain a low metabolism through the winter, and would thus require less oxygen. However, 
significant reductions in the relatively low winter dissolved oxygen concentrations would 
decrease their chances for overwinter survival.  Determining any impact on dissolved oxygen 
resulting from pumping activity is important.  In addition to DO, other water quality variables 
including pH, alkalinity, turbidity, nutrients and metals are specific indicators of lake health.
Measuring water quality variables before and after pumping and comparing any changes among 
pumped and control lakes is a crucial determination in observing the effect of pumping activity. 

Meteorological data were also collected at a site near the study lakes to better interpret 
relationships between environmental factors, such as precipitation as snow, and the data being 
measured at the lakes.  Environmental influences on the measured lake variables are essential to 
characterize since the expected responses in the lakes are expected to be slight due to low 
pumping volumes as indicated from the results of previous studies. 

This study examines the physical and chemical effects of the current water withdrawal volumes 
while examining the overall hydrology and chemistry of tundra lakes in the Alaskan Arctic.  This 
study is limited to conditions encountered and different results might occur in a year with 
extremely low precipitation.  No long-term studies have been conducted, so the range of 
variation of many variables is unknown.  Determining the effects on tundra lakes from current 
pumping is essential as the oil industry continues to strive to minimize any anthropogenic impact 
to the environment they utilize.  Results of this study should provide scientific data that can be 
used by resource agencies in their decision-making concerning water withdrawal and guide 
sustainable pumping activity. The limitations of this study must be acknowledged and these 
findings integrated with other scientific studies to present a complete understanding of natural 
dynamics and water use impacts.  
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Six lakes (four pumped, two control) on the North Slope of Alaska within the Kuparuk Oilfield 
Operating Unit and Alpine Oilfield Operating Unit have been examined.  The lakes were 
monitored and sampled throughout the 2002 through 2008 winters for numerous chemical and 
hydrological variables.  Numerous water quality variables using in-situ, benchtop and laboratory 
techniques were also quantified.  Investigation of lake recharge was also completed during the 
spring of 2003 through 2008.

1.2 Project Location 

The study area is shown in Figure 1-2.  The area is located on the North Slope of Alaska.  The 
tundra lakes monitored are located within the Kuparuk and Alpine Oil Fields (Figure 1-3).  
These include lakes K214 and K209 in the Kuparuk field, which were pumped, lakes K203 and 
K113, (also in Kuparuk), which were not pumped and functioned as a basis of comparison, and 
lakes L9312 and L9817, which were pumped in the Alpine field.  Mine site B is located in the 
Kuparuk Field, but is used to support the Milne Point Field operations. Kuparuk Deadarm 
Reservoirs are located in the western Prudhoe Bay operating area. Pumping occurred in 
December and January for lake K214 and January and February for lake K209.  Lake L9312 is 
used as the water supply for the Alpine facility and is periodically pumped throughout the year. 
Lake L9817 is used just for ice road construction and was typically pumped in early winter after 
tundra travel is permitted.   

Figure 1-2. Map illustrating location of general study site within the Alaska Arctic Coastal Plain. 
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Figure 1-3. Locations of study lakes in Kuparuk and Alpine Oilfields, North Slope, Alaska. 

Figure 1-4. Location of study lakes (K113, L9817, L9312) and reservoirs (KDA, and MSB) in the oil-field 
operating areas on the North Slope, Alaska. 

1.3 Site Descriptions 

The six primary study lakes (K113C, K203C, K209P, K214P, L9312P and L9817P) are in the 
arctic coastal plain of Alaska, an area approximately 70,900 km2 (Walker, 1973) bounded 
between the foothills of the Brooks Range to the south and the Arctic Ocean to the north.  The 
study lakes are approximately 30-45 km south of the Arctic Ocean and located west of the lower 
Kuparuk River to an area approximately 25 km west of the Colville River (Figures 3 and 4).   
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Dominant landforms within the Alaskan arctic coastal plain include low and high centered 
polygons, strangmoor ridges and other nonpatterned ground (Everett and Parkinson, 1977).  
Pingos and dunes are also a common feature in many places on the coastal plain. Common 
vegetation includes grasses, sedges, mosses and lichens.  Wet areas surrounding the lake 
perimeter contain mostly Carex and Eriophorum sedges with understories of moss (Hobbie, 
1980).  Surrounding soils are typically highly organic, highly acidic fibrous peat and 
approximately 8,000-10,000 years old (Jorgenson and others, 2002).  Nearer to the coast, eolian 
sands and marine alluvium soils dominate.  The dominant surface geological unit throughout the 
arctic coastal plain is late Quaternary unconsolidated sands and gravels (Black, 1964).  Soils can 
be ice-rich or ice-poor.  The topographic relief of the coastal plain is flat with an average surface 
slope between 0.1-0.2% (Rovansek and others, 1996); consequently, drainage is poor.  Steeper 
scarps do exist within the vicinity of the lakes and are useful in delineating watersheds.

The Alaskan arctic coastal plain is rich in standing surface waters.  Hussey and Michaelson 
(1966) estimate that 50–75% of the Alaskan arctic coastal plain is covered either by lakes and 
ponds or old thaw lake basins.  According to Hall and others (1994) 83% of the coastal plain is 
classified as wetlands, using the classification system reported by Cowardin and others, 1979.  
There are few precipitation stations on the North Slope. Benning and Yang (2005) report average 
wind-corrected precipitation data for Barrow as 185.1 mm (7.29 inches) for 1995-2001. Kane 
and others (2004) reported 376 mm (~14.8 inches) for shielded annual precipitation for the 
period 1996-2002 in the upper Kuparuk River Watershed. However, evaporation typically 
exceeds precipitation through the summer and the area that is inundated with water gradually 
declines (Bowling and others, 2003).  Active freshwater lakes and ponds may cover up to 40% of 
the surface (Hobbie, 1980) near the coast.  However, most water bodies within the arctic coastal 
plain are shallow and have a maximum depth less than 2.0 m (~6.6 ft) (Truett and Johnson, 
2000).  The occurrence of lakes decreases inland and eastward with the coast having the most 
surface water.  However, the occurrence of deeper lakes also increases inland (Figure 1-5).
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Figure 1-5. Distribution of mean maximum depths for arctic coastal plain lakes (Johnson and Truett, 2000). 
Geographic points of interest have been added. 

Despite being abundant in surface water, the arctic coastal plain receives little annual 
precipitation.  Precipitation is usually in the form of snow from mid-September to mid-May and 
in the form of rain during the summer months although snow can fall throughout the year.  
Precipitation as snow is about 40% of the total annual precipitation amount (Kane and others, 
2000).

Snow is the most important water source for the lakes as meltwater is the primary recharge 
mechanism and the dominant input to the lakes annually.  Any precipitation received later in the 
summer months is only received from direct precipitation to the lake surface, as runoff is rare.
The lack of summer runoff is a result of high summer evaporation drying the watershed and the 
consequent lack of hydraulic connections within the lake drainage network (Bowling and others, 
2003).  A 10-year data set at Betty Pingo site suggests the snow water equivalence (SWE) 
contributing to recharge ranges from 5.8 – 12.9 cm with an average of 8.9 cm (Kane and 
Hinzman, 2004).  However, the grounded snow is subject to frequent redistribution by the 
constant strong winds and is highly variable in depth with respect to the local topography.
Compacted snow on lake ice has both a lower snow water equivalent and less thermal resistance 
than the compacted snow on surrounding tundra (Sturm and Liston, 2003).  

Snowmelt generally occurs in late May or early June, lasts 7-10 days and is the only appreciable 
annual stream runoff event.  Runoff begins when the snowpack is mostly ablated and completely 
saturated with water.  Maximum discharge usually occurs within 24 hours of saturation and in 
the next four days, 40-60% of the total runoff occurs (Hobbie, 1980).  Because the active layer is 
nearly saturated and frozen at this time of the year, little infiltration occurs and most meltwater 
contributes to runoff. Extremely dry summers will increase the soil storage deficit and result in 
lower runoff in following spring snowmelt periods. 
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Lakes remain ice covered well past snowmelt until late June or early July when the ice cover 
candles, moats and gradually melts.  After snowmelt the lake water balance is dominated by 
evapotranspiration in the lower Put and Kuparuk River drainages (Rovansek and others, 1996).
Evapotranspiration is high due to continuous solar radiation input from late-April to mid-August.  
Evaporation most often exceeds precipitation resulting in a net water loss, which must be 
replenished by next year’s snowmelt runoff (Mendez and others, 1998; Bowling and others, 
2003).

Mean annual air temperatures at 1 m (30-year average = -11.56ºC (Western Regional Climate 
Center, 2004)) are well below freezing throughout the arctic coastal plain so continuous 
permafrost exists throughout the area.  Permafrost is a primary control on most hydrological 
processes in the area.  Osterkamp and others (1985) reported an average permafrost depth of 680  
m in the Prudhoe Bay region.  The active layer (the layer of soil above the permafrost that thaws 
each summer and refreezes every winter), ranges from 25 to 100 cm.  Factors influencing thaw 
depth are vegetation type, ice content, topography, insulation by plant litter, and soil type 
(Hobbie, 1980).  After spring snowmelt is complete, the contribution to the water balance from 
active layer flow is minimal (Rovansek and others, 1996).   

Winds are persistent and strong throughout the year, with monthly mean wind speeds of 3.7 – 5.6 
m/s and gusts reaching above 20 m/s.  Summer winds are predominately from the northeast and 
southwest (Olsson and others, 2002). 

1.4 Local Meteorology Review 

The Betty Pingo site (Kane and Hinzman, 2004), which has been in consistent operation since 
1994 is located in the central portion of the study area.  The Betty Pingo meteorological station is 
situated at 148o 53’ 44.5” west longitude and 70o 16’ 46.9” north latitude.  The dominant 
landforms in the wet low-lying areas are low centered polygons, strangmoor ridges, and small 
thaw ponds less than 1 m in depth. The slightly higher areas are better-drained upland tundra 
dominated by high-centered polygons and ice wedges. The vegetation is dominated by sedges, 
mainly Carex and Eriophorum species with an average height of 10-15 cm. In the drier upland 
areas the sedges are intermixed with lichen, mosses, dwarf Salix and Betula species, and a 
variety of flowering herbaceous species (Walker and others 1980; Robinson 1995; Rovansek 
1994).

The surface in this area is for the most part quite level or gently sloping, with most slopes from 0 
to 5%. This factor reduces runoff during most of the summer. During spring snowmelt, when 
soils are frozen and can only accept minimal snowmelt infiltration, meltwater inundates large 
areas. Most of the snow melts by early June, but snowmelt can be initiated in early May. 
Roughly half of the snowpack exits the watersheds as runoff (Robinson 1995). The remainder 
either sublimates or goes into surface storage in ponds or subsurface storage to make up for 
water deficits from previous summer ET. The peak runoff time is during snowmelt and at the 
beginning of the summer; afterwards the flow gradually decreases and completely ceases 
generally by mid-June.  
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Snow is an important source of water in this area. Approximately 50% of the annual 
precipitation in the basin falls as snow (Robinson 1995). In the summer, precipitation usually 
consists of rain, misty drizzle, and condensation. Most of the heavy rains come during the later 
part of the summer when sea ice cover is at a minimum. Measurements of snow and liquid 
precipitation (especially the light drizzle which is so common during the summer) at the site are 
usually affected by the nearly continuous winds in the area. Summer wind speeds can sometimes 
reach up to 16 m/s with the predominant wind direction being from the east-northeast.  

The average annual temperature at Prudhoe Bay is -11.4 oC (NOAA 1986-1996). Usually 
temperatures remain below freezing from mid September to mid May. June is the first month 
with above freezing average temperatures. Average monthly temperatures can be approximately 
3 to 9 oC above freezing from June until August, and during September they drop near freezing. 

The summer usually ranges from June to early September. In the beginning of the summer and 
until solstice the days become progressively longer and the sun climbs higher in the arctic sky 
allowing more radiation to reach the surface. Part of the net radiation initiates melt of the thin 
layer of soil called the active layer which ranges in thickness between 30 and 100 cm depending 
on aspect, wetness, and soils (Walker and others 1980). Typical thaw depths in the study area are 
approximately 40 cm. The maximum depth of soil thawed above the permafrost averaged 55 cm 
between 1993 and 1999 (Brown and Hinkel, 2000). Underneath ponds the thaw depth can reach 
up to 80 cm or more. Beneath this thin active layer lays a thick layer of permafrost that formed 
over thousands of years of long, cold winters. Osterkamp and others (1985) found the permafrost 
to be 680 m in thickness in Prudhoe Bay. 

The soils of the site are mostly organic peat. A typical profile consists of approximately 10 cm 
fibrous peat intermixed with roots, and underlain by a more decomposed peat layer which can be 
intermixed with silt, sand, and sometimes gravel (Rovansek and others 1996). The soils fall 
under the classification of Pergelic Cryosaprists and Pergelic Cryohemists (Ping and others 
1994). Hydraulic conductivity of the soils is on the order of 10-4 cm/sec, and the specific yield is 
approximately 0.1 (Rovansek 1994). A more detailed review of climate characteristics for the 
coastal plain is covered in Hinzman and others, 2006. 

1.5 Cooperative Projects 

One of the approaches the project used to help meet and extend project objectives and benefits 
involved developing a series of cooperative projects with industry and agency partners. These 
projects were coordinated with the main project. Many of the projects helped provide additional 
data, expanded the application of the project to other areas, or looked in certain water use issues 
in more detail. The below listing of projects indicate some of the cooperative efforts that the 
project coordinated with. 

Annotated Arctic Lakes and Water-Use Bibliography – This effort, supported by BP Exploration 
Alaska, reviewed over 300 references potentially covering arctic lakes and water use. The final 
report “An Annotated Bibliography of Research Related to the Possible Long-Term Impacts of 
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Pumping Water from Tundra Ponds for the Creation of Ice Roads” lists short summaries for 
about 100 references, plus references for an additional 100 references. Selected gray literature 
references are additionally listed.

Geophysical and Isotope Studies of Potential Ground-Water Connections Between Gravel Mine 
Sites and Rivers – This effort, supported by BP Exploration, investigated the potential talik 
connections between gravel mine cells in the Kuparuk Deadarm Reservoirs and with the adjacent 
east channel of the Kuparuk River. Taliks can form in arctic river environments and a concern 
was whether or not ground water flowed between pumped and unpumped cells, and also with the 
adjacent Kuparuk River during winter conditions. While some evidence of taliks was found, no 
effective ground-water connections were measured. Reservoir cells that were not pumped, or 
connected to pumped cells through surface-water channels showed no signs of water level 
changes during winter ice-cover conditions. 

National Petroleum Reserve – Alaska Meteorological Network Support – The Bureau of Land 
Management, in coordination with Department of Energy assisted in the development and 
operations of a network of climate stations in the eastern NPRA-A and adjacent areas. This effort 
was also in coordination with the USGS Central Region Earth Surface Processes Team, 
operating climate stations in the Circumpolar Active Layer Monitoring (CALM) program. 

Beaufort Coastal Meteorological Network Support – The Minerals Management Service (MMS) 
provided a series of climate stations, with support from Department of Energy, to help address 
gaps in the climate understanding along the coastal zone of the Beaufort Sea. This portion of the 
coastal plain covers most of the North Slope operating oil fields.  

There were many other minor partners who help provide reviews, information, and coordination 
in water-use activities and permitting. The collective output of these efforts helped achieve many 
of the project goals and see implementation of project recommendations throughout the project. 

1.6 Summary 

This project has provided a number of benefits to industry water users, agency water-resource 
managers, and other users of arctic lakes information. In finding the past water-management 
practices were effectively conservative, a series of study lakes and reservoirs were used to look 
at different hydrology systems and water-use patterns to help identify of provide tools to 
improve and refine water management practices. These water management methods will require 
continued improvement as new areas of the North Slope are considered for development. 
Continuing the improvements in collecting water-resources information, regional climate 
information, and other information related to arctic lakes and water use activities will help 
improve evaluation of future water use and the comparison with naturally occurring changes in 
arctic-lake watersheds. 
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2 LAKE HYDROLOGY AND WATER USE 

Authors:  Lilly, M.R., Hinzman, L., Toniolo, H., Cormack, C., Miller, D., and Derry, J. 

Recommended Citation:  Lilly, M.R., Hinzman, L., Toniolo, H., Cormack, C., Miller, D., 
and Derry, J., Lake Hydrology and Water Use, in 2008, North Slope Hydrology, Water Use, 
and Management Tools, 2002-2008.  University of Alaska Fairbanks, Water and 
Environmental Research Center, Report INE/WERC 08.16, Fairbanks, Alaska, 107 pp, plus 
appendices.

2.1 Introduction

During the first phase of the project, water surface levels, specific conductance, dissolved 
oxygen, water temperature and water quality variables were examined to determine the effect of 
pumping activities.  The primary lakes studied during 2002-2004 were K113, K203, K209 and 
K214. Lakes K113 and K203 were not pumped and represented control lakes. Lake K209 was 
only pumped during winter periods for ice road construction and Lake L214 was pumped during 
summer and winter months for winter ice road use and summer road watering. Two lakes were 
added in late 2004 in the Alpine area, L9312 and L9817. Lake L9312 is used year-round for 
facility water supplies and L9817 is used in winter months for ice road construction. The focus 
of the study for these lakes during the 2002 through spring 2005 period was on winter use and 
verifying lake recharge. Data and discussion of these details is covered in detail in Hinzman and 
others, 2006. All of the study lakes in the Kuparuk field (K113, K203, K209, K214) recharged 
each spring. Water use was not near the permitted volume levels, due primarily to the high 
availability of water in these operating areas.  

During the second phase of the project, lakes K113, L9817, and L9312 were kept in the set of 
study lakes. Two reservoirs were added in the Kuparuk and west Prudhoe Bay operating areas. 
Mine Site B (Six Mile Lake) is located in the Kuparuk operating area, but serves as the primary 
water source for the Milne Point facility, with water trucked on a daily basis from Mine Site B to 
the facility. The second reservoir facility was located at Kuparuk Deadarm Reservoirs, located 
north of Spine Road and adjacent to the east bank of the east channel of the Kuparuk River. 
Other lakes were looked at to address various specific hydrology questions and improve the 
understanding of regional transferability of data and process observations in the main set of 
study lakes and reservoirs. Water levels, field chemistry, snow surveys, and spring breakup 
measurements are reported in the field trip data reports (Appendix A). 

2.2 Purpose

The purpose of this chapter is to review the significant findings for hydrology at the study lakes 
and reservoirs. Specific recommendation are made in the final chapter of this report.  
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2.3 Lake and Reservoir Hydrology 

Each of the various lakes and reservoirs help show the variability in watershed conditions for 
lakes in the coastal plain of the North Slope. The hydrologic cycle is best defined as the common 
water year (October – September). The water year is characterized by the following; 

� Onset of winter conditions 
� Wind-mixed cooling of lake water volumes in late fall just before winter ice formation 
� Onset of ice growth, ending of lake evaporation losses and watershed ET 
� Ice growth and snow accumulation and redistribution 
� Spring snowmelt and recharge 
� Discharge of excess water following snowmelt to downgradient streams and rivers 
� Summer losses due to lake evaporation, watershed ET, increases due to summer 

precipitation
� Beginning of next winter season 

The below observations for the study lakes highlight key processes related to the study 
objectives. Additional information is available in the series of project reports and publications 
listed in Appendix A. 

2.3.1 Lake K113 

Lake K113 was a nonpumped lake located in the Kuparuk operating area, adjacent to and south 
of the Spine Road. It was part of the set of study lakes used from 2002 through 2008. Data 
collected during the 2005 spring snowmelt helps illustrate the early impact on snowmelt 
recharge and the “resetting” of lake water chemistry (Figure 1). 
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Figure 2-1. Spring 2005 snowmelt observations for Lake K113. 
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2.3.2 Lake K209 

Lake K209 was only used for winter ice road construction, is a shallow lake with no fish species 
present. A majority of the lakes freezes to the bottom at end of winter, allowing mainly early 
winter water use for construction, but limited water use for end of winter ice-road maintenance. 
Error! Reference source not found. helps show the impact of ice growth on water chemistry 
below ice during the winter months. K209 has very little water volume left at end of winter, so 
increases in dissolved solutes faster than the other lakes shown. 

Figure 2-2. K209, K113, K214 water specific conductance during winter of 2003-04. 
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3 LAKE CHEMISTRY

Authors:  Clilverd, H.M., White, D.M., Lilly, M.R., Holland, K.M.

Recommended Citation: Clilverd, H.M, White, D.M., Lilly, M.R., and Holland, K.M., Lake 
Chemistry, in 2008, North Slope Hydrology, Water Use, and Management Tools, 2002-2008. 
University of Alaska Fairbanks, Water and Environmental Research Center, Report INE/WERC 
08.16, Fairbanks, Alaska, 107 pp, plus appendices. 

3.1 Introduction 

The chemistry of lakes and reservoirs in arctic Alaska is strongly influenced by extreme climatic 
conditions, which result in lakes being frozen for seven to eight months of the year. The 
formation of ice can change water chemistry dramatically over the winter by exclusion of solutes 
from the ice matrix, isolating lakes from atmospheric inputs of oxygen, and decreasing the 
volume of under-ice water and thus concentrating dissolved ions and gases that are in solution 
under ice (Barica, 1977; Schwartz and Gallup, 1978; Top et al. 1985). Dissolved oxygen (DO) 
concentration is of particular interest in ice-covered lakes because oxygen is required for the 
survival of over-wintering organisms, and is believed to be the most  important factor for 
sustaining fish populations in freshwater lakes (e.g., Ruggerone, 2000).  Oxygen depletion and 
changes in solute concentrations are most pronounced in shallow lakes, where ice growth 
significantly reduces the volume of water (Greenbank, 1945; Ruggerone, 2000; Danylchuk and 
Tonn, 2003).  Since the majority of lakes on the North Slope of Alaska are < 2.2 m deep, and 
have ice cover up to 2 m thick, it is important to manage the quantity and quality of the water in 
these lakes.  O’Neil, et al. (2001) outlines some key baseline chemistry parameter requirements 
of various fish species which we have compiled and modified for comparison with our data 
(Table 3-1).  These requirement values vary from reference to reference but should be indicative 
of general guidelines established for the sustainment of aquatic biota. 

Other water chemistry characteristics were also measured during different phases of the project. 
These include common cations and anions and nutrients of interest to fish ecosystems. 
Additionally, field measurements of conductivity, pH, turbidity, and temperature were made at 
lakes and reservoirs throughout the project. This information was supplements by raw-water 
chemistry from water plants when available.  
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3.2 Purpose

Concerns about the potential effects of withdrawing large volumes of water from the tundra 
lakes have arisen (Hinzman et al., 2006).  The main concern is that pumping negatively impacts 
physical and chemical variables at the lakes being pumped, which in turn stresses resident fish 
populations. We conducted a baseline determination of biological impacts through assessment of 
DO, turbidity, pH, conductivity, and temperature, as well as other constituents including cations, 
anions, and alkalinty.  In addition to monthly sampling at most of the sites, lakes were evaluated 
prior to, during, and after snow melt.  The general purpose of this chapter is to review the 
chemistry of tundra lakes and reservoirs studied during this project. This includes the seasonal 
variation in chemistry due to winter conditions and long durations of ice growth and cover, 
spring snowmelt recharge, and summer losses and gains from lake evaporation and summer 
precipitation. Additionally, the potential impacts of water use are also discussed.  

3.3 Phase I North Slope Lakes Project 

3.3.1 Background

Six tundra lakes on the North Slope of Alaska were monitored during the winters (September-
April) of 2002 – 2005 to determine the effects of winter water withdrawals for ice road 
construction and facility and/or field operations.   Physical and chemical parameters were 
measured at pumped and non-pumped lakes. Two pumped lakes (K209 and K214) and two non-
pumped lakes (K113 and K203) were studied in the Kuparuk operations area, and two pumped 
lakes (L9312 and L9817) were studied in the Alpine field area (Hinzman et al., 2006).  At each 
lake, a gasoline-powered ice auger was used to drill holes for in situ analysis of dissolved 
oxygen (DO),  temperature, electrical conductance, turbidity, and pH, and for the collection of 
water samples used for analyzing total organic carbon (TOC), dissolved organic carbon (DOC), 
cations (Fe3+, Fe2+, Ca2+, Mg2+, Na+, K+), and anions (NO2

-, NO3
-, PO4

-). A more detailed 
description of the sampling and analytical methods are given by Hinzman et al. (2006, Pgs. 53 – 
54).

3.3.2 Summary of Key Findings

Phase I of the North Slope Lakes Project found that changes in the chemistry over the winter are 
dominated by ice-formation processes in shallow lakes. Similar trends in lake chemistry over the 
winter were observed in pumped and non-pumped lakes, some of which include: 

- An increase in dissolved solute concentrations, organic carbon, electrical 
conductance, and turbidity over the winter as ions and dissolved carbon were 
excluded from ice during the process of water freezing. 

- Maximum solute concentrations in May when the ice has reached its maximum 
thickness.
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- Full recharge of all lakes during spring snowmelt and subsequent dilution and 
resetting of the lake chemistry to pre-winter conditions.  

- Ortho-phosphate, nitrite, and total iron, were consistently below detection at all lakes. 

As no significant differences in lake chemistry were found between pumped and non-pumped 
lakes for the range of water use observed during 2002 – 2005, Hinzman et al. (2006) suggest that 
water use management practices were appropriately conservative. 

Published Work on Phase I Lake Chemistry

Data from five tundra lakes (K113, K209, K214, L9312, and L9817) sampled during Phase I of 
the North Slope Lakes Project are discussed in the article “Exploratory Analysis of the Winter 
Chemistry of Five Lakes on the North Slope of Alaska”, published as part of a featured 
collection edition on the arctic in the Journal of the American Water Resources Association
(JAWRA) (see Chambers et al., 2008). The objective of the paper was to explore the winter 
chemistry (2004-2005) of four pumped lakes and one undisturbed lake.   

3.3.3 Selected Results 

To understand changes in lake chemistry and begin to estimate the oxygen budgets for lakes, 
Chambers et al. (2008) recognize the need for detailed lake bathymetry.  As this is often not 
available for lakes in the arctic, simple bathometry models were tested using estimated and 
observed concentrations of conservative solutes (e.g., Ca, Mg, Na) that were excluded from the 
ice as it froze (see Chambers et al., 2008, for a more detailed description of the sampling and 
analytical methods).  A good fit between measured and estimated concentrations suggested that a 
pan shape with uniform depth over the entire area best described the study lakes bathymetry 
(Table 3-2). 

Dissolved oxygen content and distribution in the lakes were determined using the information on 
lake bathymetry (Figure 3-1).  In January, 30-57% of the oxygen was found in the top 30% of 
the unfrozen lake volume.  L9312 stood out among the lakes as high in DO. The high oxygen 
levels were attributed to low solute concentrations (Figure 3-2), strong vertical stratification, and 
greater depth (Table 3-2) than the other lakes.  With the exception of the pumped lake L9312, no 
substantial differences in lake chemistry and end-of-winter oxygen concentration were observed 
among the pumped lakes and the non- pumped lake K113.  Chambers et al. (2008) conclude that 
lake properties, rather than pumping, were the best predictors of oxygen depletion, with the 
highest DO levels maintained in the lake with the lowest concentration of constituents. 
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TABLE 3-2: Study Lake Characteristics. 

Lake
Best Fit 

Bathymetry 

Slope for 
observed vs.

Predicted 
Regression1

Sampling
Visits

Winter 2004 
– 2005 

Depth at 
Sampling
Hole(s)

(m)

January  
2005 Alkalinity     

(mg ⁄ l as CaCO3)  pH Range 
K113 Pan2 1.29 ± 0.24 43 2.1 233 6.96 – 7.08 
K209 Pan2 1.09 ± 0.11          2 2.0 380 7.48 – 7.92 

K214
Pan2/ cone 

average 0.96 ± 0.33          3 1.7 457  7.08 – 7.9 
L9312 Pan2 1.01 ± 0.25 63 3.1, 3.4   48 6.06 – 7.64

L9817 Real 1.00 ± 0.06          5 2.8 116 6.26 – 7.71 

1This regression includes measured concentrations or Na, Ca, and Mg and concentrations predicted based on the 
presumed bathymetry. One high-end outlier was removed from each of the K113 and K214 datasets. Slope 
tabulated with 95% confidence interval. 
2The pan method used the depth at the sampling hole and assumed uniform depth, a point of difference from the 
typical pan method that assumes the maximum depth throughout the lake. 
3Plus August 2005 visit. 
4One outlying value removed. 

Figure 3-1. Percent of Total Dissolved Oxygen in Top 30% of Unfrozen Lake Volume in January. 
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Figure 3-2. Radar Diagrams Showing Chemical Compositions of K113 (non pumped lake) and L9312 
(pumped lake) Through Time. 

3.4 Phase II North Slope Lakes Project 

3.4.1 Background

The second phase of the project included the addition of reservoirs in the set of study lakes, and 
an increased focus on more spatial and temporal measurements of lakes that were being used for 
water withdrawal and had specific watershed characteristics.  Reservoirs are a valuable water 
resource to oil and gas industry (and potentially over-wintering fish), primarily because of their 
large depth and the large volume of unfrozen water they store.  As man-made gravel pits, they 
can be more than five times deeper than natural thaw lakes, furthermore the gravel substrate 
differs markedly from the organic-rich substrate of many thaw lakes.  In general, the aim of this 
study was to characterize lakes and reservoirs based on water chemistry, and to address whether 
water chemistry measurements in conjunction with information on lake morphology can be used 
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to classify ranges of expected DO concentration during the winter.  More specifically, the 
objectives of this study were:

- To evaluate the temporal variation in chemistry of lakes and reservoirs from freeze-up in 
the winter (October) to snow-melt and lake-recharge in the spring (May). 

- To determine the effects of water extraction on the chemistry of lakes and reservoirs.  

Three natural lakes (L9817, K113, and L9312) and four reservoirs were studied during the 
winter from 2005 – 2008.  The Kuparuk Deadarm Reservoirs (Cells 1, 2 and 3), and Mine Site B 
(Six-Mile Lake, North and South Cells) served as the study’s gravel mine-site reservoirs.  
Kuparuk Dead Arm Cell 1 served as the non-pumped reservoir, and K113 were a non- pumped 
lake. Additionally, lake L9817 was pumped in winter 2004/05, not pumped in winters 2005/06 
and 2006/07, and pumped in winter 2007/08. This lake is located on an ice-road network in 
NPR-A and has only been used for winter ice road construction and maintenance. Water samples 
for later analysis of lake and reservoir chemistry were collected for two winters from 2005 - 
2007, whereas in situ DO measurements were conducted throughout the second three years of 
the project.  Dissolved oxygen and chemistry data from 2005 - 2007 are discussed in the article 
“Chemical and Physical Controls on the Oxygen Regime of Ice-covered Arctic Lakes and 
Reservoirs”, submitted to JAWRA (see Clilverd et al., in press).

3.4.2 Methods

The chemical, morphological and anthropogenic controls on winter-oxygen biogeochemistry in 
ice-covered lakes and reservoirs were examined by 1) measuring in-situ DO, temperature, 
electrical conductance, pH, and turbidity, 2) collecting water samples for analysis of base 
cations, anions, DOC, TOC, COD, BOD, and alkalinity, and 3) collecting water-extraction data 
for each lake and reservoir.  A detailed description of the sampling methods and analytical 
techniques used is given by Clilverd et al. (in press); however the following is a brief outline of 
the analytical methods employed: 

- Ferrous iron (filtered sample) and total iron (unfiltered sample) concentrations were 
measured in the field laboratory using FerroVer iron reagent and a DR/2010 portable data 
logging spectrophotometer (Hach, Loveland, CO; Hach method 8008). 

- Cations (Ca2+, Mg2+, Na+, K+) were measured on a AAnalyst-300 flame atomic 
absorption spectrometer (PerkinElmerm, Wellesley, MA).  

- Anions (SO4
2

-, NO3-, Cl-) were measure on a DX-500 ion chromatograph (Dionex, 
Sunnyvale, CA).

- Total organic carbon (TOC) and DOC were determined using an Apollo 9000 TOC 
analyzer (Tekmar-Dohrmann, Cincinnati, OH). 

- Total carbon in the sediments was determined using a TrueSpec C analyzer (LECO 
Corp., St Joseph, Michigan).

- Biological oxygen demand (BOD) was measured by Analytica International Inc, 
Fairbanks laboratories using a 5-day 5210 BOD test.

- All instrumental methods employed settings and conditions recommended by the 
instrument manufacturers. 
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3.4.3 Summary of Key Findings 

Differences Between Lakes and Reservoirs

The concentration of DO at the end of the winter (April) was lowest in the shallowest thaw lakes 
(e.g., K113 and L9817), with < 4 mg/L (< 27 % DO saturation) on average remaining in the 
water column (Table 3-3).  An exception to this was Lake L9312, which had much higher DO (> 
10 mg/L; > 70 % DO saturation) than was expected for a shallow thaw lake.  The gravel 
reservoirs were substantially deeper (> 5 m) than the thaw lakes (� 3.5 m), and maintained a high 
DO concentration (> 8 mg/L; > 55 % DO saturation) throughout the winter. In particular, KDA 
reservoirs (Cells 1 and 2) maintained very high DO levels, with DO concentration in April 
averaging ca. 15–16 mg/L (> 100 % DO saturation) (Table 3-3).  Although lake-depth seems to 
be a contributing factor to the end-of-winter DO concentration, depth-alone cannot explain the 
higher DO concentrations in the mid-sized thaw-lake L9312 and KDA reservoirs compared with 
the lower DO in the deep MSB reservoirs.  Rather, differences in DO concentration among 
similar-sized lakes and reservoirs were attributed to differences in lake chemistry (Chambers et
al., 2008; Clilverd et al, in review).

TABLE 3-3. Mean (± 95% confidence interval) oxygen concentration, calculated oxygen saturation at 
average lake temperature and barometric pressure (i.e., 750 mmHg), pH, and conductivity for the middle 

third of the water column. 

Lake Oxygen
(mg/L)

Temperatur
e (°C) 

Oxygen
(% saturation) 

pH Conductivity 
(µS/cm)

K113 2 ± 1* n.d. 14 ± 7* 7.1 ± 0.3* 510 ± 84* 

L9817 2 ± 2 0.6 ± 0.3 14 ± 14 6.6 ± 0.1 535 ± 183 

L9312 11 ± 2 1.4 ± 0.3 77 ± 14 6.5 ± 0.1 90 ± 7 

KDA1 15 ± 3 0.7 ± 0.2 103 ± 21 7.7 ± 0.1 149 ± 64 

KDA2 16 ± 1 0.5 ± 0.2 109 ± 7 7.5 ± 0.1 140 ± 3 

MSBS 10 ± 1 0.5 ± 0.1 68 ± 7 7.8 ± 0.2 215 ± 50 

MSBN 10 ± 1 0.3 ± 0.1 68 ± 7 7.6 ± 0.1** 216 ± 23 

Measurements were taken at the end of winter (April unless noted otherwise: 
* data from May, ** Data from February) from study lakes and reservoirs on 
the North Slope of Alaska. Data were pooled from two winters (2005-2007).  
No temperature data (n.d.) were available for K113; therefore estimated 
oxygen saturation was calculated at 0.6 °C. 
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In general, electrical conductance and dissolved ion concentration were highest in the shallowest 
thaw lakes (L9817 and K113) and lowest in the reservoirs (KDA and MSB).  An exception to 
this was Lake L9312, which had substantially lower electrical conductance, compared with the 
gravel-bottomed reservoirs (Chambers et al., 2008; Clilverd et al., in press) (Table 3-3).  Ferrous 
iron concentration was fairly similar among the study sites (Figures 3-3a – b), whereas DOC 
concentration was significantly greater in lakes and reservoirs with lower DO concentration 
(Figures 3-3c – d and Table 3-3). DOC is the dominant energy-source in aerobic respiration, and 
as a consequence, high DOC loading has been linked to higher sediment and water-column 
oxygen demand in lakes (Sugai and Kipphut, 1992; Biddanda 2007; O'Brien et al., 1992; 
Niirnberg G.K, 1995).  This may explain why the deeper study reservoirs (i.e., MSB) that had 
high DOC also had lower DO concentration compared to shallower lakes and reservoirs with 
lower DOC (Clilverd et al., in press).
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Figure 3-3.  Mean (± 95% confidence interval) ferrous iron concentration for 2005/2006 (panel a) and 
2006/2007 (panel b), and DOC concentration for 2005/2006 (panel c) and 2006/2007 (panel d), for each study 

site at three depths: bottom, middle and top. 

Temporal Differences

Dissolved oxygen concentration decreased continuously over the winter in all lakes and 
reservoirs studied (Cliverd et al., in press).  Furthermore, the end-of winter DO concentration 
differed substantially among years (Figure 3-4).  The most notable differences in DO occurred 
during 2006/2007, where DO concentration measured approximately 1 – 4 mg/L less than 
previous winters (Figure 3-4).  This occurred in all of the lakes (pumped and non-pumped lakes), 
and as COD did not differ between years, and lower DO concentration occurred early in the 
winter (November), the lakes and reservoirs were either under-saturated with oxygen during 
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freeze-up, or oxygen depletion rates were greater early in winter 2006 prior to the first sampling 
event (Clilverd et al., in press). The cause of this was not determined, however previous studies 
have found that lower DO concentration during freeze-up can be caused by algal blooms in the 
summer (Welch et al. 1976; Babin and Prepas, 1985), or greater wind-induced mixing of the 
lakes in early winter which can increase oxygen-supply to bacteria in the sediments.  Although 
these events may be difficult to predict, early-winter measurements of DO concentration can be 
used to improve early estimates of the end-of-winter DO concentration.   
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Figure 3-4. Differences in the end of winter (April) DO concentration among the lakes and reservoirs.  In 
each lake or reservoir the highest data point from the lake bottom was taken directly beneath the ice. For 

lakes L9312 and L9817, where multiple locations within each lake were sampled, DO concentration = mean ± 
95% confidence interval. 

Electrical conductance and dissolved ions increased significantly as ice thickness increased over 
the winter, whereas pH decreased slightly (ca. 1.0 pH unit) over the winter.   In contrast to 
oxygen, pH, dissolved ions, DOC, and ferrous iron concentration changed very little among 
years.  Furthermore, no detectable differences in DO, ferrous iron, or DOC concentration were 
found between the pumped and non-pumped lakes. This was despite large differences in water 
use and the subsequent differences in water depth (Table 3-4).  L9312 was the mostly heavily 
pumped lake; however, water extraction did not adversely affect the chemistry of this lake, with 
high DO concentration (ca. 11 mg/L; 77 % DO saturation) maintained over the winter. 
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TABLE 3-4. Cumulative water use from November 15th to April 15th for 2005/2006 and 2006/2007. 

Cumulative water extraction volume (m3),
and percent under-ice volume removed.

Lake

2005/2006 2006/2007

L9312 51,395 (5.4 %) 43,545 (5.1%) 

KDA2 27,367 (25.6%) 25,781 (25.9%) 

MSBN  14,820 (11.8%) 15,968 (12.9%) 

MSBS 0 5,072 (3.7%) 

3.5 Conclusions

Dissolved oxygen concentration decreased with depth, and temporally through the winter in all 
lakes and reservoirs studied.  Dissolved oxygen concentration differed markedly between years, 
but this was not attributed to changes in water-use or winter water-chemistry. Rather, the degree 
of oxygen depletion over the winter was influenced by differences in physical and chemical 
characteristics among the lakes and reservoirs, and differences in DO concentration during 
freeze-up possibly associated with higher lake-productivity during the summer.  Both depth and 
DOC concentration appeared to be key indicators for winter DO depletion, with lake and 
reservoir depth influencing the initial volume of oxygen that is available for lake-biota over the 
winter, and DOC reflecting high organic matter concentrations in the sediments that fuels 
consumption of oxygen.  Considering the high pumping activity and shallow depth, lakes (e.g., 
L9312) with low dissolved organic carbon concentrations (� 6 mg/L) showed strong resilience to 
change in chemistry over the winter.  Conversely, shallow lakes with high DOC concentration 
were particularly susceptible to low-oxygen conditions developing over the winter.
Consequently, we suggest that lakes or reservoirs > 3.5 m in depth with low DOC concentration 
are best suited for water-use sources that also serve as over-wintering fish habitat.
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4.1 Introduction

Many arctic lakes freeze completely in winter. The few that retain unfrozen water for the entire 
winter period may serve as overwintering fish habitat. There are various levels of sensitivity to 
DO by different fish species found on the North Slope, Alaska. Water-use permitting has 
normally characterized three levels of fisheries presence in lakes and reservoirs: no occurrence, 
insensitive fish species, and sensitive fish species. Some natural lakes are naturally low in DO 
during end-of-winter conditions, while other maintain relatively high levels of DO and can serve 
as good overwintering fish habitat for sensitive fish species. In addition to potentially serving as 
fish habitat, water in arctic lakes is needed for industrial and domestic use. Permits for water 
extraction seek to maximize water use without impacting dissolved oxygen (DO) levels and 
endangering fish habitat. Dissolved oxygen in arctic lakes is a key factor for winter survival of 
fish.

The relationship between lake volume, winter DO budget, and extraction of water through 
pumping has historically not been well understood. A management modeling tool that could 
estimate end-of-winter DO would improve our understanding of the potential impacts of 
different management strategies. The model being presented was developed to describe DO 
concentrations in arctic lakes during periods of ice cover. The model was developed based on 
(November to April) under-ice DO measurements, taken from two natural arctic lakes and one 
flooded gravel mine on the North Slope of Alaska. Comparisons between the measured and 
model-predicted oxygen profiles in the three study lakes suggested that the DO modeling tool 
presented herein could be used to adequately predict the amount of DO available in arctic lakes 
throughout winter. The model was further applied to a series of lakes and reservoirs across the 
North Slope of Alaska to determine how well the model fit DO profiles of lakes outside the study 
area. Also discussed in this chapter is the impact of seasonal and interannual variability in lakes 
that impacts the accuracy of the model predictions. 
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Water use on the North Slope

Lakes on the North Slope of Alaska that do not freeze to the bottom are a valuable resource. The 
lakes are needed by fish for overwintering habitat, and also by people, who use the water to 
support a variety of sectors, including the oil and gas industry. Oil and gas companies use water 
for domestic purposes as well as industrial needs such as drilling muds, and ice road and pad 
construction. While water from lakes that would otherwise freeze to the bottom can be used in 
the early part of winter, lakes with water year-round are critical to oil field operations that 
continue through the winter period. In general, lake water used for ice roads and pads can not 
have high levels of solutes, turbidity, lake sediments and vegetation. Besides potential impacts 
on land-surface vegetation, sediment laden or high turbidity water creates dark ice roads, which 
will degrade faster in the spring due to higher albedo levels associated with darker ice roads. 

Dissolved oxygen as a controlling factor

The State of Alaska Department of Natural Resources is required to manage the state’s water 
resources for all uses. This requires a balance between the water needs of the oil industry and 
fisheries habitat. Lakes that support game fish are permitted within guidelines that are considered 
protective of the fish habitat. Historically speaking, for lakes that do not contain fish at all, or 
lakes that freeze to the bottom in winter, there was no limit to the amount of water that could be 
extracted. For lakes that contain fish species sensitive to low-oxygen conditions, such as 
northern pike, lake trout, and whitefish, only 15% of the under-ice volume could be extracted. 
The “under-ice” volume means the volume remaining when the ice is at its maximum thickness. 
If the fish species present in the lake were tolerant of low oxygen levels, such as the nine-spine 
stickleback and the Alaska blackfish, up to 30% of the under-ice volume could be permitted for 
extraction (William Morris, Alaska Department of Natural Resources, February 13, 2006, 
personal communication).  

While many factors related to lake chemistry impact overall lake productivity, studies have 
found that the DO concentration is the most important to sustaining fish populations (e.g., 
Ruggerone, 2000). For this reason, many models have been developed to better understand the 
oxygen distribution in lakes (Welch, 1974; Mathias and Barica, 1980). Welch (1974) produced a 
model for the whole lake respiration rate that put a general number on the oxygen balance in the 
lake. Welch et al. (1976) and many others have focused on winter oxygen depletion rates 
(Mathias and Barica, 1980; Schindler, 1971; Babin and Prepas, 1985). The different models 
differ in their complexity. Some, such as that proposed by Welch et al. (1976), consider winter 
oxygen depletion rates to be reasonably modeled as a function of lake morphology alone, in
particular lake depth. Others, such as Schindler (1971), have endorsed this process. Baird et al.
(1987) found that in a single lake, the measured winter oxygen depletion rate (WODR) was 
strongly a function of the depth of the lake sampling location.  In a general sense, the simplicity 
of a depth-only model lends itself well to basic estimations of oxygen in the lake over winter. 
Babin and Prepas (1985) compared this approach to more sophisticated models and found that, in 
general, the model based only on depth differed in the WODR by 0 – 0.5 g/m2/d compared to 
observed measurements, whereas more sophisticated models only improved that difference by 0 
– 0.3 g/m2/d.
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More complex models for WODR take into account the many factors affecting the oxygen 
concentrations in water, particularly under ice. These include, exclusion of oxygen during ice 
growth, sediment oxygen demand (SOD), biological water column oxygen demand, chemical 
oxygen scavenging (such as by reduced iron), oxygen production by algae, and nutrient 
availability, e.g., phosphorus concentration at spring overturn, and summer chlorophyll 
concentration (Welch et al., 1976; Babin and Prepas, 1985).

Effective lake management needs to be dynamic and nimble. In many cases, oilfield exploration 
plans are made late in the summer season and resource managers must respond quickly and 
effectively to requests for water use permits. A modeling tool is needed to provide a balance 
between the often limited availability of input data and satisfactory prediction of oxygen 
concentrations in the lake. 

4.2 Purpose

The purpose of this chapter is to describe the modeling tool developed by the project as well as 
to describe general DO uptake processes and DO requirements of fish species that may be 
encountered on the North Slope of Alaska.  Given the importance and concern with maintaining 
adequate dissolved oxygen levels for overwintering fish, this project sought to develop a 
modeling tool that could be used by industry as well as federal and state agencies responsible for 
permitting winter lake water use. Specifically, our objective was to develop a simple, but useful 
model to determine not only the WODR, but also the oxygen profile in a lake, the date at which 
oxygen dropped below a specified average concentration, and simulate the effects of pumping.  

In developing the model, we considered all factors that would likely affect the oxygen 
concentration in the lake and then fit field data, excluding or including parameters according to a 
sensitivity analysis. In the end, the model that best fit field data included parameters that 1) 
impacted the diffusion rate, 2) impacted the DO in the entire water column, or 3) impacted DO 
only at the sediment interface. It is believed that these three parameters addressed, mixing, water 
column oxygen demand (WCOD), SOD, respectively. Ice growth and oxygen exclusion by ice 
were also incorporated into the model. The model parameters were adjusted to fit three types of 
lakes typically encountered on the North Slope of Alaska; a shallow tundra thaw-lake with a 
largely organic substrate, a high perched lake (a lake without an obvious high water channel that 
infrequently floods) with a gravel substrate, and a man-made gravel mine site lake (Moulton, 
1998).

The model was tested against lakes that were not included in the model development to evaluate 
the model skill. Seasonal and interannual variability of the lake oxygen itself will be discussed. 
Natural variability must be taken into consideration when using the model. Associated 
limitations are discussed herein. 

4.3 Dissolved Oxygen Processes in Relation to Aquatic Biota 

The single most important factor in the onset of fish mortality in ice covered lakes is low 
dissolved oxygen concentrations (Ellis and Stefan, 1989).  When arctic lakes are ice free, they 
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are almost always close to complete saturation of oxygen.  They may even exhibit 
supersaturation during the spring when there is high photosynthesis immediately beneath the ice 
(Hobbie, 1973).  Arctic lakes under ice and snow covers are sealed from oxygen exchange with 
the air and for 6 to 7 months and act as sealed respirometers, with ice and snow cover preventing 
any dependable oxygenation of the water through photosynthesis (Ellis and Stefan, 1989).  With 
regard to oxygen concentrations, ice covered lake oxygen levels over time are simply a function 
of initial oxygen storage and the rate of depletion.  Initial storage is limited to the product of the 
oxygen saturation concentration and the lake volume.  Most of the winter oxygen consumption 
occurs in the sediment surface layer (oxidized microzone) and to a lesser extent in the water 
column as a result of bacterial respiration and chemical oxidation (Ellis and Stefan, 1989). 

Species sensitive to impacts of water withdrawal (such as reduced DO and increased dissolved 
solids) include lake trout, broad whitefish, least cisco and arctic grayling, while the more 
resistant species are Alaska blackfish and ninespine stickleback.  Alaska blackfish are 
particularly resistant to low DO, as they are able to breathe atmospheric oxygen.  Ninespine 
stickleback can also withstand low DO, although not to the same extent as Alaska blackfish. 
(Moulton, 2007). 

True DO thresholds are hard to determine, but it should be noted that some species, including 
salmonids, are more susceptible to change than others.  Young fish in particular tend to be less 
resistant to DO reduction than older/larger individuals.  Resistance to further reduction of DO 
can be achieved when the fish are exposed to nonlethal low levels of DO for an extended period 
of time, with acclimation nearly complete in about 10 days.  DO deficiency can result in reduced 
fecundity of fish or prevent their spawning.  For salmonid fishes, development and growth of 
embryos can be retarded, their size at time of hatching is reduced, and hatching is usually 
delayed by the reduction of DO.  However, successful hatching of relatively small and 
underdeveloped, but viable and not deformed larvae, is possible at DO levels between 2 and 3 
mg/L (Doudroff and Shumway, 1970). 

The availability of DO concentrations in lakes can control freshwater species and fish 
populations.  Typically, fish species have minimum DO concentration requirements, below 
which mortality occurs or growth is impaired (see table 4-1).  Fish winterkill can occur in 
shallow lakes near the end of the ice cover period (early spring) when DO concentrations drop 
below 2 mg/L at all depths over several days, with small lakes experiencing bottom DO 
depletion earlier than large lakes. Water temperature and DO affect lake ecosystems and 
constrain fish habitat and fish growth significantly.  Oxygen dynamics and oxygen depletion in 
winter or summer are also related to the trophic state and/or size of a lake.  Oligotrophic shallow 
lakes are less likely to develop problems related to dissolved oxygen, whereas eutrophic shallow 
lakes may suffer from DO depletion in winter under identical weather and morphometric 
conditions.  In lakes with a high lake geometry ratio (typically shallow lakes) the minimum 
bottom DO occurs in winter, whereas in those lakes with a low geometry ratio (typically deeper 
lakes) the minimum occurs in the summer (Fang and Stefan, 1997). 

Given the importance of maintaining adequate dissolved oxygen levels in ice covered lakes in 
the Arctic, it was essential to develop a working model for the prediction of DO levels under a 
number of scenarios.  This tool will be vital to managers wishing to assess the predictable levels 
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of oxygen throughout the winter at sites that could potentially serve as a water source.  This data 
will help with the efficient management of water resources which have been identified as 
overwintering habitat for fish and other aquatic biota. 
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Table 4-1.  Lethal dissolved oxygen level responses of different arctic fish species at various 
temperatures (modified from Cott, et al.) 

Species
Common

Name 

Age or 
Size 

Lethal
O2

(mg/L)

Death
s

Water
Temperature

(oC)
Exposure Method/Threshold

Broad
Whitefish 1 day 1.9  - 12 Declining

Oxygen
Cessation of opercular 
movement

120 days 1.9  - 12 Declining
Oxygen

Cessation of opercular 
movement

209 days 1.1  - 10 Declining
Oxygen

Cessation of opercular 
movement

Chum
Salmon Fingerling 2  -  - Declining

Oxygen Method unknown 

Yellow Perch 78g <2.0 100% 19-24 Declining
Oxygen

CO2 tension 0-
40mmHg

89-99g 0.5-0.8 50%  12-21 Declining
Oxygen Loss of equillibrium 

 - 3.1 100% 15 Constant
Oxygen

Fish held in cage 
submerged in lake 
(summer)

 - 1.5 50% 4 or less Constant
Oxygen

Fish held in cage 
submerged in lake 
(winter)

7.6cm 1.9-11 50% 18-27 Declining
Oxygen Loss of equillibrium 

Burbot 830g <2.0 100%  12-18 Declining
Oxygen

CO2 tension 0-
40mmHg

 - 1.4-3.2 100% 0  - CO2 tension 0-
40mmHg

Brook
Sickleback 0.6g <2.0 100% 20-23 Declining

Oxygen
CO2 tension 0-
40mmHg

White sucker 265g <2.0 100% 17-18 Declining
Oxygen

CO2 tension 0-
40mmHg

Northern Pike  - 3.1 100% 15 Constant
Oxygen

Fish held in cage 
submerged in lake 
(summer)

 - 2.3 100% 4 or less Constant
Oxygen

Fish held in cage 
submerged in lake 
(winter)

 - 0.2-0.5 100% 0-20 Declining
Oxygen Method unknown 

 - 0.5-1.6 50% 15-25 Declining
Oxygen

Water gradualy 
replaced with low O2
water

1-2 year 0.7-1.4  - 16-29  - Method unknown 
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4.4 Materials and Methods 

Field Sampling

Field data to calibrate the model was collected over the winter 2005 ⁄ 2006. We collected data 
from two lakes and one reservoir located near the Prudhoe Bay oilfield on the North Slope of 
Alaska (Figure 4-1). The first lake, L9817, is a shallow (3 m; Table 4-2) thaw lake. It is not 
connected to a stream system and has an organic sediment layer with vegetation. The lake is 
recharged in spring by snowmelt. The second lake, L9312, is a relatively large, deeper (3.5 m; 
Table 4-2), natural lake that has a gravel substrate, and is recharged by snowmelt and occasional 
overflow events due to spring ice jamming on the Colville River. The reservoir, Mine Site B 
(North Cell), is a former gravel pit that has begun to fill-in with organic matter. The lake is deep 
(ca. 10 m; Table 4-2), connected to a seasonal stream, and has a gravel substrate. Although Mine 
Site B is connected to a stream in summer, there is no winter flow in the stream.  

Field data to validate the model was collected over three winters (2005/2006, 2006/2007, and 
2007/2008). In addition to the lakes used in the calibration of the model, the model was validated 
with data collected from six tundra lake (K113, W0609, W0613, W0705, W0708, and W0709) 
and five gravel pits (Kuparuk Dead Arm Cells 1 and 2, Mine Site B South Cell, Shaviovik Pit 
and Badami Pit) located near the Prudhoe Bay oilfield on the North Slope of Alaska (Figure 4-
1). Field data from 2006 – 2008 for the lakes and gravel pit used in the model calibration also 
served to validate the model for successive years. Similar to L9817, K113, W0609, W0613, 
W0705, W0708, and W0709 are shallow (< 2.5 m) (Table 4-2) thaw-lakes with an organic 
substrate. Kuparuk Dead Arm (Cells 1 and 2) are medium depth reservoirs (6.4 and 5.2 m, 
respectively) (Table 4-2), with a gravel substrate that is typical of flooded gravel mines. Badami 
and Shaviovik pits are deep (8.6 m and 9.9 m, respectively) gravel-bottomed reservoirs. Mine 
Site B (South Cell) reservoir has similar physical properties to that of the north cell, and is 
connected to the North Cell by two channels that flow between the two cells during the summer 
and under the ice in winter. Field sampling took place each month from November to May.  

FIGURE 4-1. Location of Study Lakes (K113, L9817, L9312, W0609, W0613, W0705, W0708, and W0709) 
and reservoirs (Kuparuk Dead Arm, Mine Site B, Shaviovik, and Badami) on the North Slope of Alaska. 

4-7



TABLE 4-2. Morphological Information for the Fifteen Study Lakes and Reservoirs. 

1 – 
Lake L9817 was not pumped during the winters of 2005/06 and 2006/07, but was pumped in the winters of 2004/05 

and 2007/08. 

Lake description 
Lake Description Depth (m) Area (m2) Water use 

K113 Thaw lake 2.3 165,900 Not pumped 
L9817 Thaw lake 3.0 258,999 Not pumped1

L9312 Thaw lake 3.5 448,796 Pumped 
W0613 Thaw lake 1.33 1,541,000 Not pumped 
W0609 Thaw lake 1.79 1,850,000 Not pumped 
W0708 Thaw lake 1.77 717,000 Not pumped 
W0705 Thaw lake 1.94 381,000 Not pumped 
W0709 Thaw lake 2.06 701,000 Not pumped 
W0706 Thaw lake 2.34 2,229,000 Not pumped 
KDA1 Flooded gravel mine 6.4 14,973 Not pumped 
KDA2 Flooded gravel mine 5.85 27,519 Pumped  
MSBS Flooded gravel mine 7.6 22,912 Pumped  
MSBN Flooded gravel mine 10.7 13,355 Pumped  
Badami Flooded gravel mine 8.61 91,997 Pumped 
Shaviovik Flooded gravel mine 9.94 50998.3 Not pumped 

To calibrate and validate the modeled DO profiles, DO data was collected from a hole drilled at 
the same location (within 2 m) in each lake on each sampling event. In general, sampling holes 
were drilled near to the center of each lake, or at deep point in the lake or reservoir if that point 
was known. A gasoline powered ice auger was used to drill sampling holes in the ice, at which 
the following physical parameters were measured: ice thickness, snow depth, freeboard (distance 
from ice-surface to water-surface in the drilled hole), and water depth. An In Situ Troll model 
9000 (Ft. Collins, Colorado), fitted with a rugged dissolved oxygen (RDO) sensor, was used to 
take DO measurements at 0.3 m intervals, from the ice-water interface throughout the water 
column to the sediment-water interface. On occasion, a Hach HQ20 LDO (Loveland, Colorado) 
was used to test DO concentrations. The Hach instrument was fitted with a luminescent 
dissolved oxygen (LDO) sensor. The instruments were calibrated with a zero oxygen solution 
(HANNA standard solution HI7040) and 100% saturated solution (distilled water bubbled with 
air) before and after field sampling to insure the integrity of the measurements. In order to pass 
the calibration test, DO needed to be within 10% of the calibration standard. 
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Modeling

4.4.1 Assumptions

The model developed was only intended to address winter conditions when ice forms a barrier 
between atmospheric oxygen and the lake water. In addition, the model was only intended to 
address far Northern lakes where mid-winter photosynthesis could be considered minor 
compared with oxygen consumption terms. The model was not intended to address spring 
conditions when cracking lake-ice allows oxygen rich melt-water into the lake and 
photosynthesis begins affecting the oxygen concentration. The model was also limited to lakes 
that, in winter, are isolated from flowing streams that would alter the oxygen balance in the lake. 
Most lakes on the North Slope of Alaska fit these conditions.

4.4.2 Ice Growth 

The boundary conditions of the model are the sediment-water interface that is stationary and the 
ice-water interface that is not. The model uses a derived form of Lunardini’s ice growth equation 
based on Fourier’s Law of heat conduction (Lunardini, 1981). A detailed description of the ice 
growth equation is given by White et al. (2008). Ice growth was calculated based on the 20-year 
average temperature at Prudhoe Bay, Alaska. 

4.4.3 Oxygen in the Water Column 

As water freezes and expands, oxygen is excluded from the ice. As a consequence, water at the 
ice-water interface can be supersaturated in DO relative to the atmosphere (Craig et al., 1992). In 
the model, it was assumed that 100% of the oxygen is excluded from the newly formed ice at the 
ice-water interface. The model does not account for highly supersaturated water (Mortimer, 
1981). The initial DO concentration input for each lake was calculated based on the saturation 
concentration of oxygen in pure water at 1°C (Tchobanoglous et al., 2003).

The water column was divided into 20 layers of equal thickness. At each time step, the ice 
growth was calculated, changing the water column height and therefore the thickness of each 
layer. Oxygen movement by diffusion throughout was described using Fick’s law. A mixing 
term was introduced as a factor that effectively increases the diffusion rate. The mixing term was 
intended to capture a variety of mixing mechanisms including: bioturbation, seiche oscillation, 
and movement due to thermal gradients (Bengtsson, 1996; Welch and Bergmann, 1985). The 
SOD term acts only at the sediment interface. The WCOD impacts oxygen consumption 
throughout the water column evenly. The mixing, SOD, and WCOD terms were assigned by a 
statistical best-fit routine fitting model output to field data. A mathematical description of how 
the model treats movement of oxygen through each cell is given by White et al. (2008).

4.4.4 Calibration

The DO model was calibrated for L9817, L9312 and Mine Site B (North Cell). Three model 
parameters were used in the calibration process: WCOD, SOD, and a mixing term used in the 
diffusion calculations. A range of physically meaningful values was identified and discretized 
for each parameter. The model was run with all possible parameter sets, including scenarios both 
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with and without pumping, and the optimal parameter set was selected according to the 
minimum model error and bias (White et al., 2008).  For the calibration period, extraction of 
water from the lakes was relatively low, ranging from 0 % of the under-ice-volume at L9817 to 
13% (15,968 m3) at Mine Site B (North Cell), and as a consequence water extraction had no 
effect on the selection of the model parameters. Once the model parameters were determined, 
whole lake model-estimated oxygen values and lake oxygen distribution profiles were developed 
by assuming pan bathymetry for each lake and calculating the net oxygen mass in each layer of 
the lake. While pan bathymetry introduces slight inaccuracies, Chambers et al. (2008) found that 
pan bathymetry is not unreasonable for lakes in the study area.  

4.5  Results from the Model Calibration 

The model parameters that provided the best estimate for the change in DO concentration over 
time were different for each lake. The input values for SOD and mixing was greatest for Mine 
Site B (North Cell) (9.9 g O2 ⁄m2⁄day, and 0.005 m2⁄day, respectively), whereas WCOD was 
greatest for L9817 (0.055 g O2 ⁄m2⁄day) (Table 4-3). These values differ slightly from those 
published in White et al. (2008) as the model was recalibrated following a few small 
modifications to the code. 

TABLE 4-3. Independent Variables Used to Fit Individual Lake Models. 

Independent variables Lake 
Sediment oxygen 
demand
(g O2/m2/d)

Water column 
oxygen
demand (g 
O2/m2/d)

Mixing factor 
(m2/d)

L9312 3.371 0.01 0
L9817 0.013 0.055 0
Mine Site B 9.9 0.015 0.005

In all three calibration-lakes, DO concentration decreased with depth, and temporally through the 
winter (Figures 4-2, 4-3, 4-4). For Mine Site B (North Cell), the modeled oxygen profiles fit the 
measured data well, with the exception of January and February (Figure 4-2).  For these months, 
the measured DO concentration in the bottom third of the water column was higher compared 
with December.  
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FIGURE 4-2. Dissolved Oxygen Profiles for Mine Site B (North Cell) in 2005/2006 used in the Model 
Calibration. 

In contrast to Mine Site B, the shallower lakes, L9312 and L9817, exhibited more variability in 
DO profiles over the winter. At L9312 there were unexplained increases in the measured oxygen 
concentration in the mid-upper portion of the lake in January, and in the bottom portion of the 
lake in February. As a consequence, the modeled oxygen concentration at L9312 does not fit the 
measured data as well (Figure 4-3). Similarly, at L9817, the measured DO concentration in the 
bottom third of the water column was lower in January compared with February and April 
(Figure 4-4).
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FIGURE 4-3. Dissolved Oxygen Profiles for L9312 in 2005/2006 used in the Model Calibration. 
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FIGURE 4-4. Dissolved Oxygen Profiles for L9817 (North Cell) in 2006 used in the Model Calibration. 

At the end of winter (April) in 2006, the measured oxygen concentration averaged 9 mg ⁄L at 
L9312, 3 mg⁄L at L9817, and 8 mg ⁄L at Mine Site B. In all lakes, the average measured oxygen 
concentration was not appreciably different than the respective model-estimated average oxygen 
concentration (Table 4-4). 

TABLE 4-4. Average End-of-Winter Oxygen Concentration ± Standard Deviation (SD). 

End of winter average ± SD 
oxygen concentration (mg/L) 

Lake

Measured Model estimated 
L9312 9 ± 5 11 ± 3 
L9817 3 ± 1   3 ± 1 
Mine Site B 8 ± 5   9 ± 4 

4.6 Results from the Model Validation 

The modeled oxygen profiles for 2007/2008 fit the measured data at the Mine Site B (North 
Cell) and L9312 calibration lakes very well, mirroring the temporal decline in DO concentration 
in the water column and the spatial change in DO concentration with depth (Figures 4-5 and 4-
6).  The modeled oxygen profiles for 2006/2007, however, did not fit the measured data as well. 
At Mine Site B, the model overestimated the early winter (December) DO concentration in the 
water column by approximately 2.5 mg/L, which resulted in an overestimate of the end-of-winter 
DO concentration (Figure 4-5). At L9817, although model estimates of lake depth fit the actual 
measurements fairly well, the model considerably over-predicts DO concentration in the water 
column throughout winters 2007 and 2008 (Figures 4-7a and c). This may largely be due to the 
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huge variation in early-winter DO concentration among study years. For instance, compared with 
water-column DO measurements of ca. 10 mg/L in January 2006 (calibration and non pumped 
year), measurements at L9817 in January 2007 (non pumped year) and 2008 (pumped year) 
averaged 7 mg/L and 2 mg/L, respectively (Figures 4-7a and c).  To account for this large 
variation in early-winter DO concentration among years, observed oxygen concentration from 
November–January can be added to the model for a particular study year. For example, model-
estimates of the end-of-winter DO concentrations for 2006 and 2007 at L9817 were improved 
substantially by adjusting the model input for DO during freeze-up and running the model 
forward until an optimal fit was obtained with the observed DO concentration in January 
(Figures 4-7b and d).
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FIGURE 4-5. Model Validation for Mine Site B (North Cell). Dissolved Oxygen Profiles for 2006/2007.  In 
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not available. 
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model-estimates of the end-of-winter DO concentrations in the right-hand panels b (2007) and d (2008) were 

improved by adjusting the model input for DO during freeze-up and running the model forward until an 
optimal fit was obtained with the observed DO concentration in January. The model input DO concentration 
in panels a and b, respectively, were 14.2 and 12.5 mg/L. The model input DO concentration in panels c and 

d, respectively, were 14.2 and 10.0 mg/L. L9917 was not pumped in 2007 (panels a and b), but was pumped in 
2008 (panels c and d). 

Additional lakes and reservoirs that were not used to calibrate the model were monitored during 
the same period (2005-2008) to validate the model for lakes and reservoirs across the North 
Slope. Modeled oxygen profiles for Mine Site B (South Cell) and the Kuparak Dead Arm 
reservoirs provided a good estimate for the change in DO concentration over time.  For Mine 
Site B (South Cell), the model most accurately predicted DO profiles throughout the winter for 
2005-2006 and 2006-2007 (Figure 4-9), with the exception of February 2008 data where 
measured DO concentrations increased unpredictably at the bottom of the reservoir and distorted 
the oxygen concentration for the remaining months. By April 2008, DO concentration was 
similar throughout the water column (ca. 12.5 mg/L) indicating that spring turnover had 
occurred. Similar to North Cell at Mine Site B, the modeled DO profiles for the South Cell 2006-
2007 did not fit the observed data as well. The model under predicted the oxygen concentration 
in early winter 2006 by approximately 2 mg/L.   
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FIGURE 4-8. Model Validation for Mine Site B (South Cell). Dissolved Oxygen Profiles are for 2005/2006, 
2006/2007, and 2007/2008. Mine Site B (South Cell ) was not pumped throughout the study period. 

The oxygen concentration at the Kuparuk Dead Arm reservoirs changed very little among years, 
and maintained very high DO concentration ( 	 15 mg/L;  	 103 % DO saturation) over the 
course of each winter (Figures 4-9 and 4-10). From March onwards, water column DO 
concentration tended to increase relative to previous months. Typically by April spring-turnover 
had homogenized the oxygen concentration throughout the reservoirs, and as a result the model 
estimates for April (calculated based on a closed lake-system) are lower than the observed 
values.  The model underestimated DO concentration in these reservoirs at the end of each 
winter by ca. 1 – 3 mg/L (Figures 4-9 and 4-10).  

K113 is a similar-sized tundra lake to L9817, and was not pumped during the study period. This 
lake was monitored intermittently from 2005 – 2008.   The modeled DO profile for January 2006 
did not provide a good fit, underestimating the observed DO concentration by ca. 6 mg/L (Figure 
4-11). The model output for the January of the following year, however, is a close match to the 
measured data (Figure 4-11).  Measurements of oxygen concentration in May 2006 and 2007 
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indicate that model estimates for the preceding month were reasonable.  Unusually high 
concentrations of DO were measured in April (ca. 13 mg/L) and May (ca. 8 mg/L) 2008 relative 
to measurements of less than 4 mg/L in previous years, and as a result the DO model did not fit 
the observed profiles in 2008 very well. 
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2007/2008. KDA1 was not pumped throughout the study period. 
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Dissolved oxygen concentration was measured in May each year at a selection of lakes and 
reservoirs in the Kuparuk Foothills, as well as the coastal region of the Sagavanirktok River. 
Dissolved oxygen concentration measured in the thaw lakes ranged from an average of 1.4 – 1.7 
mg/L in 2006 to 1.8 – 6.9 mg/L in 2007. In contrast, DO concentration at the reservoirs during 
the same period was up to 6-times higher averaging 16.3 mg/L and 12.7 mg/L, respectively, at 
Badami Pit and Shaviovik Pit in 2006, and 15.0 mg/L and 15.8 mg/L, respectively, in 2007 
(Table 4-5). Differences in the measured depth of the reservoirs are likely due to variation in the 
sampling location among years. 
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In the thaw lakes, very little water (< 1 m) remained under the ice at the end of each winter.  As a 
consequence, the modeled DO concentration was not available for most of the thaw lakes 
because the measured water depth, required as an input parameter into the model, was less than 
the assumed winter ice-growth (i.e., 2.1 m) in the model. Lakes W0706 and W0709 were the 
only lakes to have enough water available for inclusion in the model. There was a reasonable fit 
between the modeled and measured DO concentration at W0709. The average modeled DO 
concentration was slightly lower (ca. 1.5 mg/L) than the measured concentration due to a more 
developed anoxic-hypolimnion (indicated by the large standard deviation reported in Table 4) in 
the modeled oxygen profile, suggesting that spring turnover may have begun. Lake W0706 could 
not used in the model because DO concentration varied very little (0.7 mg/L SD) throughout the 
water column indicating that spring-overturn had occurred (Table 4-5). Similarly, at Badami Pit 
and Shaviovik Pit, the stable and high concentrations of oxygen present throughout the water 
column (Table 4-5) at a time of year (May) when ice-melt and photosynthesis is possible, 
prevented the use of these reservoirs in the model. One exception is 2006 data for Shaviovik Pit, 
where a stable hypolimnion was still present in the reservoir (Table 4-5). For this reservoir, the 
modeled and measured DO concentrations were in agreement differing by an average of only 1 
mg/L (Table 4-5). 

4-20



TABLE 4-5. End-of-Winter Water Level and Average Oxygen Concentration ± Standard Deviation (SD) for 
Lakes and Reservoirs in the Kuparuk Foothills, and the Coastal Region of the Sagavanirktok River. Lakes 
and reservoirs were sampled every May from 2006 – 2008. * n=1, **To be able to use this lake in the model 
the initial lake depth was changed to 2.10 m. *** Sampled at lake-edge. NA = Data Not Available from the 
model because the assumed winter ice growth in the model of 2.1 m exceeded the initial lake depth. Turned 

over = spring turnover had occurred in the reservoir. 

Lake Date
Under-ice water level 
(m) Average end of winter DO 

concentration (mg/L) 

Measured Modeled
Measured ± 
SD Modeled ± SD 

W0609 05/04/06 0.46 N.A  1.7 ± 0.2 N.A
W0613 05/04/06 0.2 N.A 1.44* N.A
Badami  04/30/06 6.70 Turned over 16.3 ± 0.7 Turned over 
Shaviovik 05/03/06 8.61 8.48 12.7 ± 6.3 11.8 ± 2.7 

W0705 05/09/07 0.64 N.A  1.8 ± 0.2 N.A
W0706 05/09/07 0.72 Turned over  6.9 ± 0.7 Turned over 
W0708 05/08/07 0.30 N.A  4.4 ± 0.4 N.A
W0709 05/08/07 0.44 0.76**  2.8 ± 0.4   1.29 ± 1.22** 
Badami  05/08/07    1.61*** Turned over 15.0 ± 0.6 Turned over 
Shaviovik 05/08/07    3.45*** Turned over 15.8 ± 0.5 Turned over 

W0705 05/07/08 Dry
Badami  05/16/08    3.61***  Turned over 16.9 ± 1.1 Turned over 
Shaviovik 05/16/08    2.39***  Turned over 17.5 ± 1.5 Turned over 

The oxygen profiles generated by the model provided a reasonable fit to the data in most cases. 
There were sampling events, however, that exhibited poorer fits than others. For Mine Site B, at 
times the model over-predicted the concentration of DO in the bottom portion of the lake. This is 
because DO profiles measured in December, March, and April show a progressive thickening of 
a hypolimnion that is low in DO, however in January and February the difference in oxygen 
concentration throughout the water column was less pronounced. Fluctuation in the thickness of 
the hypolimnion could either be attributable to the variability in the measured DO concentration 
between sampling dates, or a mixing event that could not be accounted for in the model.  

As for L9312, the model fit poorly with the measured data for January and February, where 
instead of measured DO concentration depleting with time, DO concentration increased relative 
to the previous month. The most plausible explanation for the increase in DO concentration near 
the lake-bottom in February was a human error in measurement. Alternatively, slight wind-
induced mixing in the water column could have transported oxygen-rich water beneath the ice to 
the oxygen-depleted hypolimnion (Bengtsson, 1996; Malm et al., 1998).  

The mediocre fit for L9817 in January can mostly be attributed to higher than predicted oxygen 
concentrations measured in the bottom third of the lake, which resulted in a slightly conservative 
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model-estimate of oxygen concentration in the lower portion of the lake. This discrepancy 
between the model-estimated and measured DO concentration may be due to limited temporal 
data (no data were available for L9817 during freeze-up and early winter) and poor 
characterization of initial DO conditions in the autumn that resulted from limited access to the 
study site.

4.7 Climatology

Climate data were available from 11 weather stations on the North Slope of Alaska, spanning 
from the Colville River to the Sagavanirktok River. We used data from weather stations that 
were closest to each study lake. Comparisons of daily temperature among the sites show that 
there was on average 6 ± 3oC of variability over this region of the North Slope (Figure 4-12) 
during the study period. Variability among years was substantially greater, with differences of 11 
± 7oC recorded at L9312 from 2005-2008 (Figure 4-13). Consequently, while it is advisable to 
use data from weather stations close to the study site, weather stations with continuous of inter-
annual climate data should supersede those positioned closer to the study sites. 
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FIGURE 4-13. Inter-Annual Climate Variability at L9312. 

4.8 Management Tools 

The lake DO model was programmed in Microsoft Excel using Visual Basic For Applications 
(VBA).  For the tool to work, macros must be enabled in Excel. A step-by-step user guide is 
supplied in Appendix D, and a graphical introduction to the lake DO Model interface is supplied 
in Appendix E.  The lake DO model contains six spreadsheet tabs. The first tab, ‘Main’, is the 
input spreadsheet were the user can enter specific lake details such as the lake type, year of 
simulation, initial DO (default for saturation at 1oC is 14.8 mg/L), temperature data (specific site 
information is preferable but there is a default average slope temperature available), and 
continuous or/or discrete pumping events and permit volumes (if applicable) (Figure 4-14).  
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Main Interface Details 

FIGURE 4-14. Input Details for the Model Interface. 

The second tab contains the model ‘Output’, where the user can scroll through the lake profiles, 
using the “Step Through” function, to obtain DO and lake depth information for a specific date. 
In addition, the user can view graphs showing the decline in oxygen and lake volume over time. 
These graphs also indicate if lake-DO drops below the specified threshold of 4 mg/L, and if a 
water withdrawal exceeds the permitted volume (Appendix E).  

The model can be run successfully with use of the ‘Main’ input and “Output’ spreadsheets only. 
However if the user would like to add specific weather station data, then this can be done in the 
‘Temperature’ worksheet. Furthermore, if the user wishes to add or edit specific model input 
scenarios or lake information manually rather than using the prompts on the ‘Main’ page, then 
this can be done in the ‘Scenario’ and ‘LakeInfo’ worksheets, respectively.
The ‘LakeInfo’ spreadsheet contains information on the lake type. The lake type is used to select
the appropriate model input parameters for SOD, WCOD, and Mixing that were determined in 
the model calibration. Lake type is separated into the following three classes based on the 
calibration lakes: (Type 1) shallow lakes (< 3 m deep), (Type 2) medium depth lakes and 
reservoirs (3 – 7 m deep), and (Type 3) deeper reservoirs (> 7 m deep). Lake depth, however, is 
not the only parameter that influences the end-of-winter DO concentration. Clilverd et al. (in
press) found that both depth and DOC concentration in the sediments appear to be key indicators 
for winter DO depletion. As a consequence, if information on the chemistry of the study lake is 
available then this can be used to help classify the model lake-types (Table 4-6). 

Enter average pumping rates 
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Enter large pumping events for 
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Graphical representation of 
model simulations. 

Data entry fields are filled with 
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TABLE 4-6: Lake Types used in the Model to Select the Appropriate Model Input Parameters for SOD, 
WCOD, and Mixing.

End of Winter DO 
Lake 
Type

Depth
(m)

DOC
(mg/L)

Sediment Type (mg/L
) (%saturation) 

Lake 
Examples

1 < 3 	 10 Organic � 5 � 34 
L9817,
K113

2 3 – 7 � 6 Gravel > 10 > 69 
L9312,
KDA

3 > 7 	 10 

Gravel that has begun to 
fill in with organic 
matter 6 – 10 41 – 69 MSB

4.9 Discussion

The model simulations of winter DO concentration were in reasonable agreement with measured 
DO profiles for most of the lakes and reservoirs. The model describes the spatial and temporal 
change in lake oxygen concentration well, with the exception of months where DO concentration 
increased relative to the previous month. For this reason, care should be taken when using the 
model to predict under-ice conditions in late-winter/early spring (end of April – May), as inputs 
of oxygen from photosynthesis and ice-melt are possible and will compromise the model-
assumption that the lake is a closed system. 

Variability in DO concentration among years was most difficult for the model to predict when 
differences seemed to be unrelated to changes in pumping or ice growth. For example, in 
2006/2007 measured DO concentration in all lakes and reservoirs was as much as 5 mg/L lower 
than the previous winter. As all lakes and reservoirs were impacted, there were no substantial 
changes in chemistry and pumping regime among years, and lower DO concentration occurred 
early in the winter (November), the lakes and reservoirs were either under-saturated with oxygen 
during freeze-up, or oxygen depletion rates were greater early in winter 2006 prior to the first 
sampling event (Clilverd et al., in press). Factors affecting lower DO concentration during 
freeze-up, such as summer primary productivity or higher sediment oxygen demand due to 
greater wind-induced mixing (Welch et al., 1976; Babin and Prepas, 1985), are particularly 
difficult to predict. To counter such difficulties, early winter measurements of lake-oxygen can 
be used, as demonstrated by L9817, to improve the predictive power of the lake DO model.   

Model estimates of end-of-winter DO concentration were most accurate for the mid-to large-
sized lakes and reservoirs, e.g., L9312, and Kuparuk Dead Arm, Mine Site, and Shaviovik 
reservoirs, where measured and modeled DO profiles differed by 1 – 3 mg/L (discounting 
periods of increasing oxygen in early-spring).  This disparity between the measured and modeled 
oxygen concentration was relatively small compared to variation in oxygen among the different 
lakes and reservoirs, and thus will not hamper the classification of different lake habitats. 
Shallow lakes, such as L9817 and K113, were the most difficult to model due to large inter-
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annual variations in observed DO concentration. Shallow lakes inevitably exhibit more 
variability in chemistry than deeper lakes due to the smaller under-ice water volume, and as a 
consequence they require more detailed monitoring to accurately predict the end-of-winter DO 
concentration. In particular, measurements of water height and oxygen concentration during 
freeze-up.

4.10 Conclusions

The result of this study is a model by which oxygen profiles can be predicted during the ice-
covered period using only basic information on lake morphology. This is essential for lake 
management in the Arctic, where input data is often limited.  In addition to the three lakes used 
in the development of the model, eleven lakes and reservoirs not used in the calibration process 
validated the model for use across the Arctic North Slope. The model can be used to determine 
when the oxygen concentration drops below a specific value at any location in the lake, and 
when the under-ice volume falls below specific level. Furthermore, pumping scenarios can be 
added to the model to estimate the sensitivity of different lakes and reservoirs to the removal of 
water. This model represents a much needed simple and effective tool for modeling oxygen in 
arctic lakes for fisheries management. 
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5 ESTIMATING LAKE/RESERVOIR POTENTIAL RECHARGE AND 
MANAGEMENT APPROACHES 

Authors:  Lilly, M.R., Hinzman, L., Toniolo, H., and Cormack, C. 

Recommended Citation:  Lilly, M.R., Hinzman, L., Toniolo, H., and Cormack, C., Estimating 
Lake/Reservoir Potential Recharge and Management Approaches, in 2008, North Slope 
Hydrology, Water Use, and Management Tools, 2002-2008.  University of Alaska Fairbanks, 
Water and Environmental Research Center, Report INE/WERC 08.16, Fairbanks, Alaska, 107 
pp, plus appendices. 

5.1 Introduction

Water users and water managers need to know the expected water availability for specific lakes 
or reservoirs on the Slope for planning and permitting purposes. As a first approximation, it is 
beneficial to have a tool that estimates potential recharge in lakes/reservoirs in a given time.  

5.2 Purpose 

The purpose of this chapter is to describe a tool that calculates lake/reservoir potential recharge. 
This tool could be used to improve the decision making process carried out by state and industry 
water managers.    

5.3 Estimating Lake/Reservoir Recharge Potential 

Quantifying the amount of water available to a particular lake during a specified time period is a 
valuable measure in the analysis of lake recharge.   The common approach is the water balance 
method.  The simplest form of the water balance equation can be seen in Equation 1.   

I – O = �S
                              Where        I = All Inflows  

                                                            O = All Outflows 

�S = Change in Water Storage for a Given Time 

Equation 1.  Water Balance Equation (Ward and Robinson, 2000) 

In Equation 1, inflows are represented by precipitation in the form of rain and snow; outflows 
are represented by lake evaporation and evapotranspiration. 

While detailed water balance methods are normally used in hydrologic studies, potential 
recharge is a more appropriate term for analysis with the scarcity of data available on the North 
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Slope.  This chapter aims to take the appropriate steps towards introducing hydrologic principles 
that can be directly applied to water management on the North Slope.   

The potential recharge equation (Equation 2) is a rearranged version of the basic water balance 
equation (Equation 1).  The equation separates out the inflows and outflows into two distinct 
types of data:  geographic inputs (watershed area and lake area) and meteorological inputs 
(precipitation, evaporation, and evapotranspiration).  This equation is the main driver for the 
potential recharge tool that will be discussed later. 

)](*[)(*)( LEaPLAaETaPLAWARV 
�

�

 where,  VR  = potential recharge volume [L3]

   AW  = lake watershed area [L2]

   AL  = lake area [L2]

   Pa  = annual precipitation [L] 

   ETa  = annual evapotranspiration [L] 

   EL  = lake evaporation [L]. 

Equation 2.   Potential Recharge Equation 

Watershed areas were calculated using Rivertools and independently verified in the field by 
members of the project. Also, lake areas were calculated with Rivertools.  The determination of 
these geographic inputs was previously discussed in Chapter 2. 

Meteorological input data to solve Equation 2 comes from two sources: weather stations and 
field data.  As mentioned before, weather data on the North Slope of Alaska is scarce.  As a 
result, the North Slope Lakes Project installed several weather stations within NPRA to obtain 
basic meteorological data.  Project stations and other partners’ stations form a network of 
weather stations (Figure 5-1). This network provides the data used in the calculation of potential 
recharge estimates. Specific data includes: rainfall and other parameters to calculate evaporation 
and evapotranspiration. 

Field data encompasses snow depth and snow density. These values are used to estimate snow 
water equivalent (SWE), which is a key component at the end winter.  Water from snow is the 
main input to lakes and reservoirs in the study area.    
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Figure 5-1.  NPRA Weather Station Network 

5.1.1 Rainfall

Rainfall was estimated with tipping bucket gages.  This is the simplest parameter to measure and 
calculate.  While rainfall may occur during late spring and early fall periods, for this study the 
only rainfall included in the potential recharge calculations was rain during summer months.  
Summer months were determined by looking at average daily temperature graphs for the regions 
to see when temperature was continuously over freezing. 

Precipitation estimates are often underestimated in arctic environments due to instrumentation 
undercatch (Benning and Yang, 2005).  All tipping bucket gages for this study are about 2 feet 
above the ground and are surrounded by a wind shield to prevent undercatch.  The shields 
surround the rim of the tipping bucket gages to allow for undisturbed rainfall catch during 
precipitation events.   When rain falls into the bucket, it is funneled to a small bucket that tips 
when filled.  Each tip is counted and recorded to a datalogger each hour.  Hourly precipitation is 
calculated and output into a database. 

5.1.2 Evaporation and Evapotranspiration 

Evaporation is an important input in calculating potential recharge as it often dominates summer 
outflows to the atmosphere.  Many studies have used the Priestly-Taylor method (1972) to 
estimate evaporation rates in arctic climates (Roulet et. al., 1983; Stewart et. al, 1976; Mendez 
et. al, 1998, Rovansek et. al., 1996).  The Priestly-Taylor method is a good approach in 
estimating evaporation in areas where data is not abundant as it does not require as many inputs 
as other calculation methods (Mendez, 1998).  In short, the Priestly-Taylor model (Equation 3) 
calculates evaporation as a function of air temperature, soil surface temperature, soil temperature 
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(6 cm below surface for this study), and net radiation.  Other constants are used as well as an 
empirically based parameter known as alpha that changes with different land surfaces. 

))(( gnete QQQ �
��
�

�
�

)

where, Qe = latent heat flux (W/m2)
 Qnet = net radiation (W/m2)
 Qg = ground heat flux (W/m2)

 
= empirical parameter 
  
 
psychrometric constant (Pa/oC)

Equation 3.   Priestly-Taylor Equation 

An alpha value of 1.26 has commonly been used for open water surfaces (Taylor and Priestly, 
1972).  The term is not completely understood for high latitude wetlands areas, although some 
studies have bounded values for this region.  In 1986, Roulet et. al. found alpha to be 1.29 for 
open water and 1.56 for arctic wetlands in Canada.  Studies have found that the alpha term 
lowers over the summer due to less surface water availability as the tundra dries.  For wetlands 
regions, Rovansek found an average summer alpha term of 1.30; Rouse established 1.19, and 
Mendez found 1.13.  For this study, the sensitivity of the alpha term will be explored as how it 
relates to increasing or decreasing overall potential recharge.  Other constant values are used in 
the calculation and evapotranspiration, and can be seen in Table 5-1. 
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Table 5-1.  Inputs for ET Calculations. 

5.2 Potential Recharge Tool 

Current water management practices on the Slope do not often rely on hydrologic principles.
The calculation of potential recharge is a good first step towards incorporating hydrology into 
the water use practices.  While the potential recharge equation is not necessarily a complicated 
calculation, it would be beneficial to have a tool that can quickly and easily calculate values.
Such a tool would also have the possibility of organizing water permit data.  Unlike many 
complicated models, this tool can be directly and quickly applicable to a number of study areas. 
The simplicity also lends itself to being usable by a wider audience, not only hydrologists.
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The potential recharge tool was developed in Microsoft Excel Visual Basic for Applications 
(Excel VBA).  Developing the tool in Microsoft Excel allows anyone with access to Excel to use 
it.  The tool is also small and easily transferable through e-mail or USB thumb drives.    

Macros must be enabled in Excel for the tool to be usable.  A basic flow chart for the tool can be 
seen in Table 5-2.  The tool is designed to be easy to use and manipulate for the user’s individual 
purpose.  When the tool is initially opened, the user first chooses the desired period of analysis: 
annual or seasonal.    The annual period of analysis simply lumps all weather and water use data 
into one potential recharge calculation.  The seasonal analysis separates inputs and outputs into 
two sections:  summer and winter.  If the user only wants to run the tool for one season, this 
would be the desired option. When the tool is opened and the period of analysis is selected, the 
user is brought to an excel spreadsheet (Figures 5-3 and 5-4).  Colors are used to help organize 
this spreadsheet and make it more user-friendly.  Cells that are highlighted in light yellow 
require user input.  Any text that is colored (not black) can be clicked on to have a help icon pop 
up.  For example, if a user did not know what a watershed area was, he could click on the green 
text that says “Watershed Area” and a popup icon within Excel would come up, giving the 
definition of a watershed area.  This feature is especially useful in the weather data inputs 
because if the user wants to know typical values for the North Slope area, they will be given in 
these help icons.  In addition, the tool handles both the English and metric unit systems.  

The annual and seasonal spreadsheets both contain three sections.  The first section titled “Lake 
Permit Information.”  This section is simply for organization purposes and none of the user 
inputted data in this section will be included in the calculation of potential recharge.  The second 
section is titled “Potential Recharge Calculator” and is the area where the user will input the 
parameters used for calculations.  The third section is titled “Results”, and this is where the 
calculated values are displayed.  This box contains three control boxes that perform different 
tasks.  The first is the calculate button.  When the user presses this button, all of the results are 
calculated and output.  The next button is the “Output to New Tab” button.  When this button is 
pressed, the current page is copied and placed in a new tab.  This allows the user to easily print 
results for multiple lakes in one Excel workbook.  The final button is the “Clear” button.  This 
button clears all the user input and results so that the tool can be used for a new lake. Two 
example study lakes, namely L9312 and L9817, are presented in this report. 
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Figure 5-2.  Potential Recharge Tool Flow Chart.
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Figure 5-3.  Annual analysis screenshot of potential recharge tool.
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Figure 5-4.  Seasonal analysis screenshot of potential recharge tool.

5.3 Spatial Distribution of Data 

Determining how to spatially apply meteorological data across the slope is a difficult task with a 
limited amount of data available across such a large region.  The three main weather inputs 
(snow, rain, and evapotranspiration) must be applied to each study lake for the potential recharge 
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calculation.  Rain and evaporation data is available from the weather station network.  Snow data 
is more difficult to quantify and has mainly been studied in the eastern study regions.   

The primary method of distributing weather data to the study regions will be the Theissen 
Polygon Method (Theissen, 1911).  This general method has been commonly used in hydrology 
for a long time (Chin, 2006).  The method simple creates polygons that overlay the lakes in the 
region based on their proximity to weather stations.  The lake being analyzed will apply the data 
from the closest weather station.  This method is static from year to year, and does not change 
with varying weather conditions.  While it may not be the most accurate method of analysis, in a 
large region with such limited weather stations it is an appropriate method of distribution.  
Rainfall data was available for all of the reporting stations, while evaporation calculations were 
only available at three of the stations.  The resulting Theissen Polygon maps can be seen in 
Figures 5-5 and 5-6.  These figures will be referenced when applying the rain and evaporation 
values to the study lakes under analysis. 

Figure 5-5.  Theissen polygons for summer rainfall.
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Figure 5-6.  Theissen polygons for evapotransiration. 

5.3.1 Watershed Areas 

Watershed delineation initially took place through field efforts alone at Lake L9312.  After 
observations from the breakup periods of 2005 – 2007 the watershed boundary of Lake L9312 
was estimated to be 0.80 km2, then Rivertools was used to delineate the watershed area for Lake 
L9312 and found it to be 0.89 km2 (Figure 5-7).  These watershed areas only differed by 0.09 
km2 providing some validation of the Rivertools analysis.      
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Figure 5-7.  Initial results for field and Rivertools watershed delineation of Lake L9312 

Additional field efforts were performed during the 2008 breakup period.  Field observations and 
measurements opened the door to a potential increase in the area of the Lake L9312 watershed.  
It was hypothesized that the neighboring Lake L9311 could possibly drain into Lake L9312 
during the summer months through the matt layer and growing active layer.  Water level surveys 
of Lakes L9312 and L9311 showed a clear gradient between the lakes.   Soon after snowmelt, the 
region between Lake L9312 and Lake L9311 was very wet with water generally flowing towards 
Lake L9312.  Water level surveys also indicated a similar gradient between Lakes L9311 and 
L9310 with observations documenting flowing water going towards Lake L9310 as well.  Lake 
L9311 had no visible surface outlet during breakup.

Recognizably, a detailed analysis of subsurface and matt flow was out of the scope of this study; 
yet this potential subsurface flow could prove to be a significant source of recharge to Lake 
L9312.  Neglecting this source of recharge could adversely impact results for potential recharge 
estimates.  Therefore, it was determined that half of the watershed area of L9311 would be 
included in the overall watershed area of Lake L9312 (Figure 5-8).  The other half was assumed 
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to flow towards Lake L9310.  Lake area was calculated with ArcMap and includes all visible 
water surfaces within the final watershed area. 

Figure 5-8. L9312 Area final watershed area and outflow direction 

The final watershed area for Lake L9312 is 1.03 km2 with the lake area taking up about 50 % of 
this region.  The control outlet for Lake L9312 is not clearly defined, but rather a wide marshy 
area.  This makes defining a clear lake-full elevation difficult. 

Opposite to Lake L9312 methods, the watershed area for Lake L9817 was first delineated with 
Rivertools and then verified with field observations.  Rivertools produced a watershed area that 
included the adjacent Lake L9818.  Lake L9818 is a shallow unpumped lake that was observed 
flowing into Lake L9817 during the breakup period for 2008.  Rivertools watershed delineation 
included both lakes in the watershed area of Lake L9817 (Figure 5-9).  Since Lake L9818 is 
unpumped and a clear connection exists between the lakes, the resulting watershed area was 
accepted.  Lake area was calculated with ArcMap, and included all visible water surfaces within 
the watershed area. The watershed area for L9817 is 1.33 km2 with 37 % being covered by water 
bodies.  The lake has a very clear stream that outflows towards the east when the lake is overfull. 
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Figure 5-9. L9817 Area final watershed areas and outflow direction 

5.3.2  Snow Water Equivalent 

Determining accurate estimates of snow water equivalent (SWE) for the watershed areas of these 
lakes was the most difficult parameter to estimate.  Three methods for estimating SWE are 
compared: snow depth sensor estimates, snow course estimates, and snow grid estimates.  Values 
for these three methods were calculated for 2007 and 2008 at Lakes L9312 and Lake L9817 (5-2 
and 5-3).  The snow depth sensor only contains a single point measurement, the snow course 
measurement contains 50 depth measurements spread over a 25 X 25 meter L-shape, and the 
snow grid contains depth measurements spread over the entire watershed.  From 2007 to 2008 at 
Lake L9312, the snow depth sensor and snow depth sensor were moved because of construction 
at the Lake’s pumphouse.  By moving these locations, a large drop in SWE is seen between the 
years, while the snow grid estimate is fairly consistent.  This illustrated how the SWE changes in 
different areas of the watershed area.  Choosing a snow course or sensor site that appropriately 
represents a large watershed area region is difficult and in some cases not possible.  The snow 
grid method appears to better capture a more accurate SWE value for the Lake L9312 watershed 
area.  Lake L9817 results show a similar disparity.  From 2007 to 2008, the snow sensor and 
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snow course SWE measurements decreased, while the snow grid SWE estimation increased.  
The snow grid SWE estimations were used for the final potential recharge estimations. 

Table 5-2. 2007 SWE Comparisons for Lakes L9312 and L9817 

.
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Table 5-3. 2008 SWE Comparisons for Lakes L9312 and L9817. 

5.3.3 Rainfall

Summer rainfall for Lakes L9312 and L9817 was obtained directly from the onsite weather 
stations.  Since these stations are located directly on the lakes, they will provide the most 
accurate estimate of rainfall for the regions, also being confirmed by the Theissen Polygon 
rainfall maps (Figures 5-5 and 5-6).  Cumulative rainfall plots for the summer of 2007 can be 
seen in Figure 5-10 below.
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Figure 5-10.  2007 Cumulative rainfall for L9312 and L9817.

The summer of 2007 was one of the driest recorded periods on the North Slope.  This is 
represented in the rainfall totals for Lake L9312 and Lake L9817 for 2007.  A rainfall amount of 
22.6 mm will be used for Lake L9312, and 27.9 mm for Lake L9817 in the final potential 
recharge estimates. 

5.3.4 Evapotranspiration

Evapotranspiration for Lakes L9312 and L9817 was calculated directly from the onsite weather 
stations, as confirmed by the Thiessen Polygons ET map (Figure 5-6).  The Priestly Taylor 
Method was used for estimating evapotranspiration.   Three of the weather stations logged 
appropriate parameters for the evapotranspiration calculation for the summer of 2007 (net 
radiation, air temperature, soil surface temperature, and soil temperature).  Lake L9312 did not 
report soil temperature, so the nearby L9817 station soil temperatures were input for the 
calculation.  Net radiation and the alpha term are the most influential to the calculation (Mendez, 
1998) so substituting soil temperatures will not significantly affect the results.    
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Determining which alpha term to apply to these lakes is important in calculating accurate 
evapotranspiration for this region.  Assuming an alpha that is too low may overestimate overall 
potential recharge, while using a high alpha term could underestimate recharge.  The two most 
recent studies for empirically determining alpha values (see Table 5-4) on the Alaskan Arctic 
Coastal Plain are Rovensek (1996) Mendez (1998).  These two studies were conducted around 
the Betty Pingo area (approximately 100 km east of NPRA).  From all studies done for 
determining alpha values in this region, the Mendez estimations were on the low end, while the 
Rovansek values represented higher estimations.  Both of these estimations were used to 
calculate ET and lake evaporation (Figures 5-11 and 5-12).  Deciding upon which value would 
be appropriate to apply to the potential recharge estimation was difficult.  Since the summer of 
2007 was dry, it was assumed that the lower Mendez values would be appropriate because less 
surface water would be available to evaporate.  When running the potential recharge tool, it was 
found that the Mendez values better predicted actual recharge estimates at Lake L9817.  The 
Rovansek values better predicted recharge at Lake L9312 for 2006 - 2007, but impacted the 
L9817 estimates significantly.  Therefore, the Mendez estimations were used in the potential 
recharge estimates for all of the study lakes for the summer of 2007. 

Table 5-4.  Alpha values from Rovansek (1996) and Mendez (1998). 

Rovansek (1996) around Prudhoe Bay Alpha Values
Wetlands Lakes Uplands

Before July 15 1.60 2.00 0.95

July 16 - July 31 1.30 2.00 0.95

After July 31 1.10 2.00 0.95

Mendez (1998) at Betty Pingo Alpha Values
Wetlands Lakes Uplands

Before July 19 1.15 1.50 0.95

After July 19 1.10 1.50 0.91

.
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Figure 5-11. Summer 2007 Evaporation for Lake L9312.

5-19



Figure 5-12.  Summer 2007 evaporation for lake L9817.

5.3.5 Water Use 

Lake L9312 provides freshwater to the Alpine facility, and is pumped year round.  All other 
lakes analyzed in the study were only pumped for winter ice road construction.  For the 2006-
2007 water year (Oct. – Sept.)  15.05 million gallons were withdrawn from Lake L9312.  From 
October 2007 – May 2008, 10.26 million gallons were withdrawn from L9312. 

Lake L9817 was not pumped during the winter of 2006-2007, but was pumped heavily during 
the winter of 2007-2008.  For the 2006-2007 water year, 0 million gallons were withdrawn from 
Lake L9817.  From October 2007 – May 2008, 10.56 million gallons were withdrawn from the 
lake.

5.3.6 Results

The potential recharge tool was used to produce results for Lakes L9312 and L9817.    Table 5-5 
shows the final inputs for the annual and seasonal potential recharge calculations in a more 
condensed format, while Error! Reference source not found. shows the corresponding water 
levels at the beginning and end of the calculated time periods. 
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Table 5-5. Annual Potential recharge calculation for 2006-2007 water year (top table), seasonal potential 
recharge calculations for 2007-2008 winter (Oct.-May) (bottom table). 

Lake 
Name

LA
(km2)

WSA
(km2)

Rain
(mm)

SWE
(mm)

ET
(mm)

LE
(mm)

PR
(MG)

Excess/
Deficit(

MG)
L9312 0.50 1.03 22.60 117.20 89.60 119.80 9.67 -5.38
L9817 0.50 1.33 27.90 85.10 92.90 124.40 2.90 2.90

Lake 
Name

LA
(km2)

WSA
(km2)

Rain
(mm)

SWE
(mm)

ET
(mm)

LE
(mm)

PR
(MG)

Excess/
Deficit(

MG)
L9312 0.50 1.03 - 118.8 - - 32.33 22.08
L9817 0.50 1.33 - 105.3 - - 37.00 26.44
LA denotes lake area; WSA denotes water surface area; SWE denotes snow water equivalent; ET denotes 
evapotranspiration; LE denotes lake evaporation, and PR is the pumping rate.  

Table 5-6.  Water levels for lakes L9312 and L9817 (* based on arbitrary datum). 

Lake Name 
October 2006 
Water Level 

(fasl)

September
2007 Water 
Level (fasl) 

October 2008 
Water Level 

(fasl)

May 2008 
Water Level 

(fasl)

L9312 7.70’ 7.34’ 7.33’ 7.48’

L9817 Assumed Full Observed
Outflow (Full) 

Slightly
Overfull 52.90’ (full)(*)

For the annual potential recharge calculation, the overall deficit for Lake L9312 (-5.38 MG) is 
well represented by the corresponding water level drop (-0.36’).  Exact water levels were not 
available for Lake L9817 for the specified start and end dates, yet the excess of 2.90 MG is also 
well represented by the observations of full recharge during this time period. 

Seasonal potential recharge calculations for the 2007-2008 winter also match corresponding 
water levels for Lakes L9312 and L9817.  The excess for Lake L9312 of 22.08 MG is 
represented in the 0.15’ water level rise; although it appears that with this much potential 
recharge the water level should have risen more.  At Lake L9817 the excess in the amount of 
26.44 is seen as the Lake was fully recharged, although it was not overfull by as much as the tool 
predicts.

5-21



5.4 Discussion 

The tool, in its present format, does not account for water storage deficits in the tundra that must 
be filled by some of the water coming from snowmelt. With the dry 2007 summer, a parched 
tundra may have taken a large portion of the SWE, keeping a large portion of the snowmelt from 
reaching the lake.  This situation could partially explain the difference between predicted and 
observed conditions in a given lake.

Knowing the tundra storage conditions going into freeze-up proves to be an important input, and 
is a limitation of the current potential recharge tool. Another limitation is given by the fact that 
the model does not account for flooding events from local streams and rivers (i.e., the Colville 
river flooding L9312). 

Snow water equivalent is a key component for the tool. However, this component is poorly 
quantified at the watershed scale. In addition, a better understanding of snow distribution and 
snow redistribution at watershed scale will improve the predictions of this tool.   

While the annual or seasonal time scales provide good initial estimates, the availability of a 
monthly time scale option in the model will certainly improve the decision making process. 
Knowing the expected spring recharge conditions as the winter progresses could be beneficial 
for water users.

5.5 Conclusions

A simple, easy to use and transport tool was developed to estimate lake potential recharge. The 
tool is based on basic hydrologic principles. It can handle annual or seasonal (winter/summer) 
time scales; different unit systems, and requires meteorological, geographic, and field data. If the 
user does not know the specific information for a given parameter, available values for the 
parameters involved in the calculations are referenced in the tool.  

It would be beneficial for water managers and water users to take advantage of this tool, 
however it is also important for end users to recognize the limitation that the tool possesses.
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6 PROJECT CONCLUSIONS AND RECOMMENDATIONS 

Authors:  Lilly, M.R., Hinzman, L., White, D.M. 

Recommended Citation:  Lilly, M.R., Hinzman, L., and White, D.M., Project Conclusions and 
Recommendations, in 2008, North Slope Hydrology, Water Use, and Management Tools, 2002-
2008.  University of Alaska Fairbanks, Water and Environmental Research Center, Report 
INE/WERC 08.16, Fairbanks, Alaska, 107 pp, plus appendices. 

6.1 Introduction

Water from arctic lakes on the North Slope is a key resource for fisheries, other ecosystems, and 
oil and gas development. The use of ice roads and pads has grown over recent years and arctic 
transportation networks, exploration, and new field development are expanding beyond the 
central coastal area of the North Slope. The increased exploration and development activity has 
also increased water needs to support mud-plant operations, facility and camp water supplies, 
pipeline integrity testing, road dewatering, and other applications common to the operations of 
oil and gas fields.

Over the last six years (2002-2008), a number of different lake types and man-made reservoirs 
were studied to understand the natural hydrologic processes in arctic lakes and in man-made 
reservoirs. The first phase of the project primarily focused on winter water use and an evaluation 
of potential impacts due to water use for ice-road construction. In the first 2 years of the study, 
four lakes were studied in the Kuparuk field area. These lakes were all relatively shallow thaw-
lakes. Two of the lakes were not used as water-sources during the study period (K113, K203) 
and two of the lakes were used (K209, K214). K113 and K203 helped serve as control lakes. 
K209 is located near the ice road to Alpine and is used in early winter for initial ice-road 
construction. K214 is located near CPF2 and is used for winter ice road construction and summer 
dust control. For this project phase, selecting lakes that were more similar in characteristics was 
an objective. In the fourth year (2004), 2 additional lakes were added to the study in the Alpine 
operating area. Lake L9312 was located in the Colville Delta area, adjacent to the Alpine facility. 
This lake is used year-round as the primary drinking water source for the Alpine facility. Lake 
L9817 was located along an ice road route in NPRA, and used just for ice-road construction and 
maintenance. Lakes K203, K214, and K209 were discontinued after spring snowmelt in 2005. A 
secondary project objective was to study potential ground-water connections between gravel-pit 
cells adjacent to the east channel of the Kuparuk River Deadarm Reservoirs. A geophysical 
study was conducted to look at potential ground-water connections between the reservoirs and 
adjacent river channel during winter conditions. 

A second project phase was initiated in 2005, with the objectives of providing better water 
management tools for both industry water users and management agencies. Lakes K113, L9817 
and L9312 were included in this phase of the project. Project objectives also included the study 
of several old gravel site reservoirs. Reservoirs were included for two major reasons; 1) they 
tended to be used close to their permit levels, so would provide valuable information on the 
effectiveness of the permitting process, 2) reservoirs were considered important as potential 
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water sources in areas being considered for future development. Less lakes per area and 
shallower lakes limit water availability in many other areas of the North Slope. The two 
reservoirs chosen were Mine Site B (Six-Mile Lake) and Kuparuk Deadarm Reservoirs (cells 1, 
2, 3). Mine Site B is an old gravel mine site located at the Milne Point Road and Spine Road 
intersection and has two gravel pit cells (North Cell, South Cell). East Milne Creek runs adjacent 
to, and flows into the South Cell at all stage levels and also flows into the North Cell at moderate 
to high stage levels. Milne Creek flows into Mine Site B beginning with spring snowmelt each 
year. Flow ends after early freeze-up in winter. Kuparuk Deadarm Reservoirs are located just 
east and adjacent to the east channel of the Kuparuk River. Cells 1, 2, 3 are located on the 
southern end of the old gravel mine site. Cells 4 and 5 are located just to the north of cell 3. The 
Kuparuk River can recharge these cells through backwater flooding, passing through and over 
culverts. A culvert also allows some direct flow into Cell one during high stage events on the 
Kuparuk River.

Methods (tools) to help industry and water management agencies included the following 
objectives; 1) improve the understanding of how much water was in a lake watershed to 
replenish lake water use, 2) determine how dissolved oxygen (DO) can be estimated in natural 
lakes and reservoirs along with the potential impacts of water use, and 3) evaluate what 
information is needed about North Slope lake watersheds to better manage water resources in the 
future. Other important issues considered for both phases of the project include the 
transferability of data from the project study lakes and reservoirs to other areas on the North 
Slope, the potential for long-term cumulative impacts from water use, and what information was 
needed to help address future development and ecosystem protection on the North Slope, related 
to water resources. 

During the first phase of the project, several trips were made during winter months and during 
breakup to document changing lakes conditions during winter ice development and winter water 
use. Lakes were also monitored during spring snowmelt to understand the lake recharge 
processes. A series of existing weather stations in the area, plus one located near 2M-Pad 
(Kuparuk Field) were used to estimate precipitation and evapotranspiration. End-of-winter snow 
surveys were made around each lake to understand the timing and relationships of snowmelt and 
lake recharge. In the first few years of the study, rafts were installed on the lakes to help measure 
water levels, ice growth, and lake chemistry conditions during winter months, spring break, and 
following summer conditions. With the beginning of the second phase of the project, shoreside 
stations were established at some lakes, and more data was collected during monthly field trips. 
The number of field sampling trips increased during the second phase of the project, along with 
the number of locations sampled at each lake or reservoir. This was to help address questions in 
water-chemistry spatial variability in the lake during winter months.  

Additional study lakes were selected in NPRA to help test and demonstrate methods of 
watershed delineation and the potential-recharge tool applications. Lakes were chosen in this 
area due to the availability of digital elevation model (DEM) data from the BLM. The initial 
phase of the project identified some of the key parameters missing which would help in water 
management.  This included data on precipitation, evapotranspiration, and general climate 
information related to water management. The application of data from the Kuparuk region to 
study lakes in NPRA underestimated the recharge that was observed to take place in the field. A 
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series of weather stations were installed, in cooperation with BLM and the USGS Circumpolar 
Active-Layer Monitoring (CALM) network. Most of these stations are located in NPR-A. In 
2008, a series of stations were added to this network along the Beaufort Coast, in cooperation 
with the Minerals Management Services (MMS).  

Field data collected during the second phase of the project were reported in monthly data reports, 
which can be accessed on the project website, www.uaf.edu/water/projects/nsl/. Additional 
report and journal references are also available on the web site. 

6.2 Purpose

The purpose of this section of the report is to identify the major findings and conclusions for the 
project. Additionally, recommendations are made to help further the understanding of water 
resources on the North Slope, adaptive management recommendations, and additional tools 
which would benefit water users. In addition to the information presented in previous sections of 
this report, the project has produced a series of data reports, hydrologic notes, journal articles 
and on-line data to help benefit project partners, water-resource managers, and water users and 
the public. A listing of these publications and references can be found in Appendix A.

6.3 Potential Impacts Due to Water Use 

At the levels of water use for lakes studied in the first phase of the project, there were no 
measurable impacts on recharge or water chemistry. Solutes rejected from lake-ice formation 
account for winter increases in conductivity. The timing of the changes in lake chemistry starts 
during initial snowmelt when inflow to the lakes begins. This can be seen in the spring snowmelt 
during recharge at K113 (Figure 6-1). Water chemistry sensors located on the data collection raft 
installed on the lake ice showed variation with chemistry during snowmelt ablation, early 
ponding along the lake shoreline, first observations of surface-water inflow, and during the 
initial stages of surface water outflow from the lake. Shortly after water was observed to be 
ponding on the ice near the lake shore (5/23/05) the lake water conductivity dropped from levels 
near 3,800 uS/cm to under 400 uS/cm. The monitoring raft was located near a deep section of the 
central portion of the lake. The inflow of dilute snowmelt water on the lake surface, and around 
the lake perimeter “reset” the lake conditions back to early summer conditions. Once ponding is 
observed around the perimeter of arctic lakes, recharge of the lake is taking place. The many 
fractures found in lake ice result in constant inflow of meltwater prior to and during ponding 
near the lake shore. Ice in the center of the lake will continue to rise as water flows into the lake 
from the surrounding tundra. Ice near shore, is often anchored to shallower lake bottom 
sediments, so it can not rise with the “ungrounded” ice and ponding results.  

Many water plants record daily observations of raw-water chemistry for plant operations. The 
Alpine water plant takes daily readings of raw-water specific conductance. This data also helps 
show the seasonal variation in lake water parameters (Figure 6-2). This “resetting” of lake-water 
chemistry during spring snowmelt recharge helps re-dilute shallow lakes that have a high 
percentage of ice formation relative to total lake volume.  
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Figure 6-1. Water chemistry in K113 during spring 2005 snowmelt and lake recharge. Snowmelt ablation is 
also shown. 
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Figure 6-2. L9312 water plant raw-water specific conductance data showing seasonal variation of winter ice 
formation, spring dilution, summer mixing 

Shallow lakes were found to be depleted in DO at end of winter for the initial study lakes and 
L9817. The second phase of the project also found the same conclusion that water use was not 
producing measurable impacts on chemistry. L9312, in the Colville Delta maintained relatively 
high levels of DO throughout each winter it has been studied. L9817 was studied from 2004 to 
2008. Water was used from the lake during the winter of 2004/05 and 2007/08. The end-of-
winter DO conditions were similar between winter seasons for years with and without water use.  
Additionally, L9817 fully recharged in spring 2008, following a very dry summer in 2007. Field 
measurements indicated the lake went into freeze-up in fall 2007 near lake-full conditions.  

Lake chemistry may vary near shorelines during winter months, primarily as a result of 
shallower water depths. Some variation in water quality should be expected across lakes, but in 
general, water quality conditions are similar. Error! Reference source not found. shows the 
variation in specific conductance in L9312 during 2008 at a series of sampling sites in the lake. 
Error! Reference source not found. shows the DO profiles for the same locations and time in 
L9312.

The gravel mine sites used as reservoirs all showed similar characteristics during winter 
conditions. DO levels remained moderate to high throughout the winter period at reservoirs with 
no water use during the winter and at reservoirs with continuous water use. To sublimate the data 
from Mine Site B and Kuparuk Deadarm Reservoirs, end-of-winter chemistry profiles were also 
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measured in Webster Reservoir and Vern Lake. These are both single cell gravel mine site that 
have served as long-term water sources for Prudhoe Bay field activities. DO profiles for Mine 
Site (North and South cells), Kuparuk Deadarm Reservoir (Cell 1 – unpumped, Cell 2 pumped), 
Webster Reservoir, and Vern Lake were consistent with DO profiles measured in the Shaviovik 
and Badami Reservoirs in May 2008 (insert citation), and in Anne Pit, a gravel site located along 
the Dalton Highway (insert citation). 

No seasonal impacts due to water use were observed on the study lakes. Sources for potential 
impacts are not likely from the general practices followed by management agencies. Shallow 
lakes may be susceptible to excess freeze-up if inadequate bathymetry is not available. These 
would generally be lakes with only a few feet of water available under ice at end of winter. Dry 
successive summers were not seen to create a problem for recharge, as typically the available 
snowmelt fully recharged lakes. Lakes with small drainage areas and not connected to other up 
gradient lakes would be most susceptible to combinations of water use, low winter precipitation, 
and high summer lake evaporation conditions. Lakes in these conditions will still recharge 
during snowmelt, but may not recharge to full conditions. L9817 was observed to recharge after 
increased water use, and following a dry summer. However, L9312 did not fully recharge in the 
same period (Spring 2008). Increased evaporation and low summer rainfall kept the lake from 
reaching its outlet elevation during the summer of 2008. These variations may be within the 
long-term cycles of natural recharge patterns. 

6.4 Water-Management Tools 

The water management tools developed by this project are intended to provide water resource 
managers and water users with a set of simple tools that would help address a number of key 
issues associated with lake and reservoir water-use on the North Slope. Some of the tools are 
simple hydrologic concepts, but ones which have not found their way into common water 
management over the last twenty years. There are a number of hydrology related tools, with the 
most complex tool covering the calculations of potential recharge. Additionally, a DO estimation 
tool was developed to help estimate end of winter DO conditions in lakes and reservoirs, with 
the ability of taking into account pumping activity.  

6.4.1 Hydrology Tools 

The first set of hydrology tools are a combination of practices and methods to apply to lakes and 
reservoirs in both permitting and water-use management. Some of these recommendations have 
already been applied to selected water sources by partnering water users and agencies. The 
collaboration between the project team, industry water users and management agencies 
significantly benefited the development of these approaches and the early application of them 
during the project period.

Surface-Ice Removal Accounting – Prior to the project, the removal of lake surface ice was 
required to be accounted for as under-ice water and added to the potential volumes of water 
removed from a lake. The general safety practices followed by industry allow contractors to 
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remove ice from only ungrounded areas. This resulted in over-reporting of actual amounts of 
water removed from under ice. The removal of surface ice from grounded-ice areas also does not 
impact the winter growth of lake ice over ungrounded areas, thus the under-ice overwintering 
fish habitat is not impacted. Surface-ice volume use should be accounted for separately in both 
permitting and in water-use accounting. If surface ice is removed from ungrounded ice areas in 
the future, then the evaluation of under ice volume impacts should be made in those cases. The 
most important evaluation of surface-ice removal is the ability for the volume to be replaced 
during snowmelt recharge. When surface-ice and water is used from lakes, then the combined 
volumes would need to be replaced by snowmelt and summer precipitation. 

Water-Year Permitting Periods – In the past, temporary water use permits (TWUP’s) followed a 
calendar year. Habitat permits tended to be for partial years and cover mainly winter periods, 
some permit periods end before or after breakup. It is helpful for the permits to best match the 
hydrologic cycle common on the North Slope. A key goal of lake permitting is the protection of 
overwintering fish habitat. The most common hydrologic period in use by hydrologists is the 
USGS “water year”, running from October 1 to September 30. This period also lines up with the 
approximate time period that winter and lake ice formation is starting on the North Slope. The 
adoption of this time period in future permitting will help permits, compliance data, and water 
management planning better align with the key periods of winter ice formation, spring recharge 
and summer precipitation/ET losses and gains in lakes across the region. 

Lake/Reservoir Full Elevation Definitions – In recent years, the collection of bathymetry data 
and resulting determination of lake volumes with depth has improved, and is being used in 
current permitting practices. One of the important missing elements is the identification of the 
elevation associated with the “full” volume calculation for lakes and reservoirs. Permit 
compliance data and information collected during water use activities more commonly measures 
water levels, ice levels and thicknesses, and visual signs of outflow or inflow. Lakes and 
reservoirs are often filled during spring snowmelt to the point of having water levels above the 
“full” elevation of the water body, thus being overfull. Improving the definitions of the full 
elevation of various types of water bodies and outlet channels or control structures is important. 
Additionally, defining the controlling elevation for water bodies from a permit perspective and 
fish habitat protection goal will need to consider defining an upper elevation to those water 
bodies that may need to provide fish passage during spring, summer or fall months.  

“Overfull” Water Use and Permitting – There are common examples of lakes and reservoirs 
being recharged to a point that they may be overfull from a period of days to months. During this 
time, water use is not coming from the volumes intended on being protected during the end of 
winter conditions. This is typically “excess” water that is in temporary storage on the North 
Slope, draining off. Lakes and reservoirs that are located in floodplains where direct inflow 
(example: Mine Site B) or overbank and backwater flooding (Examples: Kuparuk Deadarm 
Reservoirs, Vern Lake, L9312) commonly occur, should be considered for the measurement of 
“excess” water for inclusion in permitting applications, when appropriate for water-user needs. 

Combined Water Source Permitting – In some cases, more common in reservoir applications, 
water bodies are connected by channels or culvert systems. Mine Site B and Kuparuk Deadarm 
reservoirs are good examples of connected water bodies. These connections may, or may not be 
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active during the whole hydrologic cycle. When they are connected, permitting the water bodies 
as a single source provides a permit approach that better meets the water exchanges actually 
taking place. It will often allow water users to more safely and efficiently use water from single 
areas of extraction, such as the truck access areas at Kuparuk Deadarm Reservoir – cell 2. For 
water sources that are not connected throughout the complete hydrologic cycle, some water-use 
considerations may be needed, such as an end-of-winter switch to a permit volume of just the 
water body being used.

Watershed and Lake Area Delineations – Watershed areas and lake areas are two important 
parameters in water use. In flat terrains, watershed areas may be more challenging to determine 
and may require certain levels of field verification. The use of existing digital elevation model 
(DEM) data sets can be combined with products, such as Rivertools, to help define watershed 
and lake areas. In areas on the North Slope without DEM data, future agency efforts should 
evaluate providing this information along with watershed delineations. This will allow a better 
understanding of lake and reservoirs water use and potential recharge from their watershed areas. 

Potential Recharge Estimation Tool – As part of the second phase of the project, a simple 
“potential recharge” estimation tool was developed in Excel. The goals of the tools were to 
provide a simplified approach to evaluate watershed and lake data against permitted or planned 
water use. Considering the common limitations in available information, the input information 
was kept limited to watershed and lake areas, precipitation input, lake evaporation and 
evapotranspiration, water use, and lake identification and permit information. The intent of this 
tool was to give water managers and water users a simple approach to use watershed and 
recharge related information to compare their future or permitted water use activities.     

6.4.2 Chemistry Tools 

DO Modeling Tool – A major goal of North Slope water-use permitting is to maintain 
overwintering fish habitat. Before this project, there were no applicable tools to help evaluate the 
impact of certain water-use scenarios on winter DO levels, or the evaluation of different lake or 
reservoir types in the North Slope Region. The goals of the tool were again to provide a permit 
evaluation and water-use management tool that would use commonly available data. The tool 
that was developed allowed general terms to represent DO demand in the water column and the 
lake/reservoir bottom sediments. The tool calculated DO in a 1-dimensional approach, which 
captures the major processes of DO exclusion from lake ice growth, growing ice thickness, 
potential uptake of DO in the water column and uptake of DO at the bottom sediment interface. 
Lake ice growth is taken into account by site-specific user information, or regional data for 
boundary temperature conditions. It allows for inputting user-defined levels of water use. The 
tool does not take into account flow dynamics associated with water extraction of inflows and 
outflows. There is no exchange of DO between columns or cells in the horizontal plain, but the 
tool can allow the summarizing of columns of DO concentration estimations to give users a 
perspective of total DO concentration in the lake or reservoir, and the potential spatial 
distribution. The tool was developed and parameters tested with multiple vertical profiles from 
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study lakes. The estimation of the DO uptake parameters were made by best fitting of field DO 
profiles and comparison of related values in the literature. 

6.5 Conclusions and Recommendations 

Over the study period (2002 to 2008), we did not observe or measure any adverse impacts due to 
pumping. In most cases, the current permitting approaches are very conservative. This has 
primarily been due to lack of information available to industry and agencies to support more 
detailed water use management. One of the major reasons that the water permitting system 
developed over the last twenty years has not needed to grow in complexity is the relative 
abundance of lakes and reservoirs in the Prudhoe Bay and Kuparuk field areas, located on the 
central coastal plain on the North Slope. With the increasing development to the west into NPR-
A and to the south in the Foothills region, the need for additional water resources from fewer 
natural sources is increasing. Improvements in water-use management and permitting have been 
found by applying basic hydrologic and watershed understanding, as well as improving aspects 
of water use related to winter DO levels and more remote sensing of lake characteristics and 
regional weather and climate information. The implementation of these water management 
“tools” will help reduce the uncertainty associated with water use in varying climate conditions, 
and increase the options industry has to use available water sources, while protecting fisheries 
and other ecosystem resources.  

Major recommendations from this project are summarized in the following key points; 

� Apply a water-year cycle (Oct – Sept) to water-use permitting 
� Separately account and permit surface lake-ice removal from under-ice permit volumes 
� Collect and archive ice-thickness data in systematic approaches to allow for future 

evaluations of the 7-ft ice thickness assumptions, and allow the use of ice thickness data 
in water-use permits 

� Report and archive water-use information, so permitted water use is not the amount 
assumed used by the public. This will help future studies to both evaluate water use 
impacts, and continue to improve water-use management and permitting 

� Develop species-specific requirements for under-ice DO levels related to over-wintering 
fish habitat 

� Improve the relationships between lake-bottom processes using DO and regional soil and 
geology information 

� Improve and maintain regional observations of winter snowfall, summer precipitation, 
lake evaporation, and evapotranspiration to help provide regional support information for 
water resources management and permitting. Year to year variability and changing 
climate conditions require this to be an ongoing source of information to support resource 
development and ecosystem protection 

� Gravel mine sites, used as water reservoirs, consistently show higher levels of DO at end-
of-winter conditions. These sites should be managed to take into account their differences 
from natural lakes. Gravel substrates, deeper depths, and more controlled recharge 
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conditions for sites adjacent to rivers and streams make these both important future 
resources for industry, as well as overwintering fish habitat 

� Regional delineation of lake-watersheds and availability of DEM information should be 
improved and made available as resource for industry and management agencies to use 

� Guidelines for water use from lakes with marginal DO levels should be developed, such 
as pumping water from low DO zones to increase circulation of DO under ice 

� Water-use permits over time should list past permit conditions and other lake specific 
information to reduce the need to evaluate all cumulative permits for specific water 
bodies

� An establishment of long-term index sites, both unused and used, should be evaluated to 
help measure long-term changes occurring both naturally and any potential changes due 
to water use 

� Continued studies of lakes and reservoirs in different climate and geologic regions of the 
North Slope should be used to help improve the future transferability of project results 
and to help understand the natural variability across the North Slope in lakes and 
reservoirs.

In summary, the water management practices used by agencies and industry on the North Slope 
have been effective. The lack of hydrologic and watershed information has resulted in simple, 
but very conservative approaches to water use. Where the benefits warrant, additional 
information and associated management and permitting approaches will help improve the 
availability of water. These improvements will also continue to maintain the high degree of 
protection for water resources, fisheries, and other ecosystem functions.  
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APPENDIX A: PROJECT REPORTS AND PRESENTATIONS 

The purpose of this appendix is to list all reports and presentations associated with this 
project.
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APPENDIX B:  EXAMPLE FIELD FORMS 

The purpose of this appendix is to provide example field forms for data collection.  These 
forms have been modified throughout the project and, if completed in full, would 
represent a thorough data set appropriate for each investigation. 
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University of Alaska Fairbanks, Water and Environmental Research Center
Form F-004a: Water Quality Field-Sampling General
Project ID: North Slope Lakes Site Location/Lake ID:
Sample Purpose: Lake Water Quality Date: Time:

FIELD MEASUREMENTS
GPS Coord. Northing: Easting: Datum:
Measurements By: Time:
Water Depth (ft): Ice Thickness (ft):
Freeboard (ft): Snow Depth (ft):
Elev. (BPMSL +/- .02): Survey By: Date: Time:
Water Sampling By: Sample Depths BWS (ft): 1 Date: Time:

2
WATER QUALITY METER INFORMATION 3
Calibration Information

Parameter (s) Owner Meter Make/Model Serial No.
Pre-Sampling
QAQC Check

Post-Sampling
QAQC Check

Parameters Field Measurements

Time:

Depth BWS (ft):
Temp (°C):
pH:
Barometeric (mmHg):
Pressure (kPa):
Conductivity (�S/cm):
RDO (ppm): (mg/L)
Turbidity (NTU):
ORP

FIELD TESTING OF WATER SAMPLES (if small probe is used)
Probe:
Depth (ft)
Temp (°C)
pH
Eh

NORTH SLOPE LAB CHEMISTRY ANALYSIS
Parameter Depth BWS (ft):_______ Depth BWS (ft):______ Depth BWS (ft):______ Method

rep 1 rep 2 rep 3 rep 1 rep 2 rep 3 rep 1 rep 2 rep 3

Oxygen (mg/L)
Hach spec
0.3-15 mg/L

Alkalinity (mg/L as CaCO3)
Digital titrator
10-4000 mg/L as CaCO3

Total iron--UF (mg/L)
Hach spec
0.02-3.00 mg/L

Filtered Iron--F tot Fe (mg/L)
Hach spec
0.02-3.00 mg/L

Ammonia (mg/L NH3-N)**** 0.01-0.50 mg/L NH3-N

Ammonia/ Iron dilution

Remarks:

Field-Form Filled Out By: Date:
QAQC Check By: Date:
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University of Alaska Fairbanks, Water and Environmental Research Center
Form F-004e: Water Quality Meter Calibration Form
Project ID: North Slope Lakes Site Location/Lake ID:
Sample Purpose: Lake Water Quality

WATER QUALITY METER INFORMATION
Meter Make: Make:
Owner: S/N:

CALIBRATION AND QUALITY ASSURANCE INFORMATION
Pre-Sampling QA
Parameter Date Time Standard Lot No. Exp. Meter Reading Pass/Fail

Post-Sampling QA
Parameter Date Time Standard Lot No. Exp. Meter Reading Pass/Fail

Remarks:

Field-Form Filled Out By: Date:
QAQC Check By: Date:
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FORM F-005: WATER-LEVEL MEASUREMENT FORM

Lake or Site ID: ABBREVIATIONS
Local Number: BOI, bottom of ice

Elevation
Latitude

(degrees)
Longitude
(degrees) Calib, used to calibrate PT

Lake-Bottom Datum at Station: IS, ice surface
LB, lake bottom
LS, land surface

Vertical-Datum Corrections, reference survey notes in site folders MM, mass measurement
MP, measuring point

Date MP ID MP Elevation (feet above BP Sea Level) N/A, not available
PM, partial measurement
WS, water surface

Date Time Method
Snow
Depth

Total Depth
WS to LB

Estimated
Error

Ice
Thickness
(IS to BOI)

Freeboard
(IS to WS)

WS
Elevation

IS
Elevation

BOI
to
LB REMARKS

Collected Data Values
Lake-Full Elevation = measured at staff gage or near vertical benchmark after lake outflow ceased following spring snowmelt
Freeboard (FB) = Height of ice level over water level in open hole
Ice Thickness (IT) = Measured distance between top and bottom of ice
Total Depth (TD) = Measured distance from water surface to lake bottom
Estimated Error = Field estimate of water level measurement error
Calculated Values
Ice Surface (IS) Elevation = Water Elevation + Freeboard
Ice Bottom (IB) Elevation = Ice Surface Elevation - Ice Thickness
Open Water Depth = (Total Depth + Freeboard) - Ice Thickness = BOI to LB

North Slope Lakes Project

All measurements in feet, 
unless noted

University of Alaska Fairbanks, Water and Environmental Research Center
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University of Alaska Fairbanks, Water and Environmental Research Center
Form F-011: Elevation Survey Form

Project ID: North Slope Lakes Site Location/Lake ID:
Survey Purpose: Water-Level Elevations Date: Time:

Location:

Survey
objective:

Weather
Observations:

Instrument
Type:

Instrument ID:

Rod Type: Rod ID:

Bench Mark Information: Survey Team Names
Name Agency

Responsible
Elevation

(ft)
Latitude

(dd-mm.mmm)
Longitude

(ddd-mm.mmm)

Station BS
(ft)

HI
(ft)

FS
(ft)

Elevation
(fasl)

Distance
(ft)

Horizontal
Angle

Vertical
Angle

Remarks

Note:

Abbreviations: backsight, BS; degrees, dd; feet, ft; feet above mean sea level, fasml; foresight, FS; height of instrument, HI;  
minutes, mm; seconds, ss; BP Mean Sea Level, BPMSL
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University of Alaska Fairbanks, Water and Environmental Research Center
Form F-012: Snow Depth and Water Content Survey Form

Project ID: North Slope Lakes Site Location/Lake ID:
Survey Purpose: Determine snow water equivalent Date: Time:

Location
Description:

Survey objective: Determine Snow Water Equivalent Weather
Observations:

Latitude: Longitude: Datum:

Elevation: Elevation
Datum:

Reference
Markers:

Drainage Basin: Slope
Direction:

Vegetation
Type:

Slope Angle: Access Notes: Other:

Snow Depth Probe Type: Snow-Survey Team Names
Snow Tube Type:

Snow Course Depths, in cm.
1 2 3 4 5 (cm)

1 Average snow depth = 
2 Maximum snow depth = 
3 Minimum snow depth = 
4 Standard variation = 
5
6
7
8
9
10

Snow Sample Depths and Weights
Bag # Depth

(cm)
Weight

(gr)
Volume
(cm^3)

Density
(gr/cm^3)

Average Density = 
Average Snow Water Equivalent (SWE) = cm H2O

Average Snow Water Equivalent = inches H2O
Average Snow Water Equivalent = feet H2O

SWE = avg. snow depth*(density snow/density water)
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APPENDIX C:   STUDY LAKES AND RESERVOIRS CHARACTERISTICS 

The purpose of this appendix is to summarize the characteristics of the study lakes and 
reservoirs. 
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Parameter Lake K113C Lake K203C Lake K209P

Latitude (NAD 27) N 70 19' 11.6" N 70 17' 07.2" N 70 14' 08.6"

Longitude (NAD 27) W 149 19' 08.0" W 149 51' 34.7" W 150 20' 54.1"

USGS Quadrangle Map
Beechey Point B-
4: T11N R11E, 

Sect 10

Beechey Point  B-
5: T11N R9E, 

Sect 21

Harrison Bay A-1: 
T10N R7E, Sect 

10, 15

Operating Field Kuparuk Kuparuk Kuparuk

Nearest pad or facility DS 1M CPF 2 DS 2L

Permit Volume m3; 
(gal)

12, 507 (3.3 
million gallons)

103,732 (27.37 
million gallons)

635,947 (167, 
796,091)

Purpose of pumping 
activity

Control – No 
Pumping

Control – No 
Pumping Alpine Ice Road

Surface area km2;
(acres)

0.1659;
(40.99)

0.8417;
(207.99)

1.404;
(346.94)

 Maximum water depth, 
m; (ft.) 2.29; (7.51) 1.88; (6.17) 1.86; (6.10)

Total volume, m3; (gal) 125,070;
(33,000,000)

1,037,360.9;
(273,710,000)

1,272,265.1;
(335,690,000)

Fish species present Ninespine
Stickleback

Ninespine
Stickleback

Ninespine
Stickleback

Other names - W27.1, M8104 L9128, AA18.1
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Parameter Lake K214P Lake L9312P Lake L9817P

Latitude (NAD 27) N 70 17' 32.1" N 70 19’58.0” N 70 14’17.4”

Longitude (NAD 
27) W 149 54' 52.8" W 150 56’44.9” W 151 20’ 9.8”

USGS
Quadrangle Map

Beechey Point B-
5: T11N R9E, 

Sect 20

Harrison Bay B-2: 
T11N R5E, Sect 5

Harrison Bay A3 
T10N R3E, 

Sect10

Operating Field Kuparuk Alpine Alpine, NPRA

Nearest pad or 
facility CPF 2 CD 1 Ice Road

Permit Volume 
m3; (gal)

143,237
(37,793,380)

113,676 (30 
million gallons)

57,987 (15.3 
million gallons)

Purpose of 
pumping activity

Ice Roads / 
Firewater

Facility  Supply
Past Ice Roads Ice Roads

Surface area km2;
(acres)

2.104;
(519.91)

0.4;
(98.84)

0.3;
(74.13)

 Maximum water 
depth, m; (ft.) 1.75; (5.74) 4.3; (14.11)      2.7; (8.86)       

Total volume, m3; 
(gal)

2,686,086.7;
(708,730,000)

1,137,000;
(300,000,000

386,201;
(101,900,000)

Fish species 
present

Ninespine
Stickleback

Ninespine
Stickleback, Least 

Cisco, Alaska 
Blackfish, Slimy 

Sculpin

Ninespine
Stickleback

Other names W26.1, M8103 U6.1  -
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Parameter
Reservoir

KDA-1
Reservoir

KDA-2
Reservoir MSB-

North Cell
Reservoir MSB-

South Cell

Latitude (NAD 27) N 70 19.908 N 70 19.947 N 70 32.134 N 70 32.024

Longitude (NAD 27) W 148 56.48 W 148 56.212 W 149 40.015 W 149 40.034

USGS Quadrangle 
Map

Umiat, T11N, 
R13E

Umiat, T11N, 
R13E

Umiat, T14N, 
R10E

Umiat, T14N, 
R10E

Operating Field Kuparuk Kuparuk Kuparuk Kuparuk

Nearest pad or 
facility M Pad M Pad Milne Point Milne Point

Permit Volume m3; 
(gal)  - 34,400 (27.9 

million gallons)  -  -

Purpose of pumping 
activity

Control – No 
Pumping

Facility, Drilling, 
Ice Roads

Facility, Drilling, 
Ice Roads

Facility, Drilling, 
Ice Roads

Surface area km2;
(acres)

1.4973 2.7519 1.3335 2.2912

 Maximum water 
depth, m; (ft.) 6.4; (20.99) 5.85; (19.19) 10.7; (35.10) 7.6; (24.93)

Total volume, m3; 
(gal)  -  -  -  -

Fish species present  -  -
Arctic Grayling, 

Ninespine
Stickleback

Arctic Grayling, 
Ninespine

Stickleback

Other names -  - Six-Mile Lake Six-Mile Lake
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APPENDIX D:  USER GUIDE FOR DO MODEL INTERFACE 

The purpose of this appendix is to provide a user guide of basic operations for the DO 
model interface. 
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User Guide for the DO Model Interface: 
Basic Operations 

Prepared by: 
Amy Tidwell 

Institute of Northern Engineering 
University of Alaska Fairbanks 

May 2008 
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BASIC OPERATIONS
Note: It is good practice to frequently save the Lake Model Excel file.  Interface changes and 
saved model output will only be permanent following a file save.

--- A.  Load an existing scenario and run a model simulation --- 

The easiest way to get started with running the model is to load an 
existing scenario.  A scenario, as used here, represents a set of model 
inputs including:  Lake of interest, lake depth, initial lake dissolved 
oxygen, year of simulation, temperature input, any lake pumping to be 
considered, under-ice volume/permit constraints, etc. 

The model interface includes default scenarios for three lakes- L9817, 
L9312, and Mine Site B (MSB)- that represent standard lake 
information and no lake pumping. 

Steps:
1. Click on the scenario input field
 An arrow will appear at the right edge of the cell.  Click the 
arrow and select one of the default scenarios.

2. Click on the button “Load Scenario”
 Input fields will be automatically loaded.  Note that even when 
you select a different scenario, the fields will not be updated until you 
click Load Scenario.  If you are unsure if the fields have been updated 
then click the button again to be sure. 

3. Click on the button “Run Simulation”
The charts on the Main tab will update with the model results.  Also, 
the Output tab will be updated and includes lake DO profiles (DO 

throughout the water column). 

Charts: 
Average lake DO, lake bottom DO 

Ice growth, lake liquid volume, 
permitted water withdrawal volume 
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--- B.  Save the output from a model simulation ---

It is helpful to have the output from several scenarios saved for later comparison or reference.  
For example, the default scenario simulates winter lake conditions in the absence of lake 
pumping.  Another scenario may include lake pumping.  In order to compare the two scenarios 
side by side, the user should save an Output sheet for each scenario.   

Steps:
1. Click on the button “Save Output”
 You will be prompted to enter a name for a new worksheet 
that will represent the simulation results.  The interface will then 
copy the Output sheet and rename it to the provided name.  The 
Output sheet includes all of the information on the Main interface 
sheet along with additional profile information. 
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--- C.  Create a new scenario and save it in the database --- 

It is possible to begin with a blank input 
screen (by clicking the button “Clear Input 
Fields”), select an existing lake from the 
drop-down menu, and fill in all remaining 
fields.  However, if possible, it is generally 
easier to begin with a scenario associated 
with the existing lake, such as one of the 
default scenarios.  Then you only need to 
change some of the input fields. 

Steps:
1.  Select a default scenario from the 
scenario drop-down list and click “Load
Scenario”

2. Change some of the input fields (e.g., 
add a pumping event or change the 
maximum ice thickness).  You can run the 
simulation any number of times before 
deciding whether or not to save a new 
scenario.  NOTE: Remember to enter 
comments in the scenario comment field.  
The comments are useful for keeping track 
of the main scenario features when they are loaded at a later time. 

3. Click on the button “Save New Scenario”
 You will be prompted to name the scenario.  The scenario will now be  available from the 
scenario drop-down list and can be loaded at any time. 
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--- D.  Add a new lake --- 

There are three ways to add a new lake to the interface.  First, you can click on the “Add New 
Lake” button.  The interface will prompt you for the new lake details.  Second, you can select 
“New Lake” from the lake name 
drop-down menu and then click on 
the “Run Simulation” button.  The 
interface will again prompt you for 
lake details. Third, you can select 
“New Lake” from the lake name 
drop-down menu and click on the 
“Save New Scenario” button.  The 
new lake will be available from 
the lake name drop-down list 
following any of the three 
procedures.  Steps are provided for 
the first option here.  However, the 
other two options for adding a new 
lake are very similar. 

Steps:
1. Click on the button “Add New Lake”
 You will be prompted to name 
the new lake and provide basic lake 
details, such as average lake depth, lake 
area, etc.  The lake must be classified as 
Type 1, 2, or 3.  A basic rule of thumb 
for each classification is provided at the 
time of prompting.   
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--- E.  Delete a lake or scenario from the database --- 

You may want to delete some lakes and scenarios that were previously added to the interface.  
There are 3 lakes and associated default scenarios that exist in all model versions and cannot be 
deleted.  These are lakes L9817, L9312, and 
MSB and scenarios “Default L9817”, 
“Default L9312”, and “Default MSB”.

Steps:

1. Click on the button “Delete 
Lake/Scenario”

2.  At the prompt specify either a lake (L) or 
scenario (S) for deletion. 

3. Select the lake or scenario from the list
of available options. 
 If you enter a name that is not on the 
list, or there is an error in your typed 
response (the entry is not case sensitive), 
nothing will happen.  If you type in a valid 
option, you will be prompted to confirm that 
you want to delete the lake/scenario.  Once 
complete, the interface will confirm that 
your selection was deleted. 
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EXERCISES
The following exercises will help to familiarize users with the functionality of the Lake Model 
interface through a series of realistic applications. 

-------------------------- Exercise 1 --------------------------

Load the scenario “Pumping L9312”. 

A.  Specify the following inputs:  temperature series = “L9312 ‘2005/06’”; maximum ice 
thickness = “Assume 7 ft”; permitted under-ice volume = 15%.
 Run simulation and save output as “Exercise_1-A” 

B.  Use the specifications from part A but change the temperature series to ‘Slope Climatology’.
 Run simulation and save output as “Exercise_1-B”

C.  Use the specifications from part A but change the maximum ice thickness equal to the 
maximum growth indicated on output sheet “Exercise_1-A”. Make sure the units are correct. 
 Run simulation and save output as “Exercise_1-C” 

D.  Use the specifications from part A but change the permitted under-ice volume to 30%.
 Run simulation and save output as “Exercise_1-D” 

E.  Use the specifications from part A but change the temperature series to “Other” and select 
the unit “°C”.  On the “Temperature” tab, enter a “Series 4” called “L9312 5 °C warmer” in 
column P.  In the data cells enter data equal to the “L9312” data + 5.  When you run the model 
simulation, the interface will prompt you for a temperature series reference.  Enter “4”. 

Read the maximum ice growth from this simulation and use it to change the maximum ice 
thickness field. 
 Run simulation with the new ice thickness and save output as “Exercise_1-E” 

-------------------------- Exercise 2 --------------------------

Load the scenario “Pumping MSB”.  Repeat Exercise 1, noting that the new temperature series 
will be “Series 5” and the temperature reference will be “5”. 

Do lakes L9312 and MSB exhibit the same sensitivities? 
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APPENDIX E:  GRAPHICAL INTRODUCTION TO THE DO MODEL 

The purpose of this appendix is to provide a visual introduction to the capabilities of the 
DO model. 
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Disclaimer

This report was prepared as an account of work sponsored by an agency of the United States 

Government. Neither the United States Government nor any agency thereof, nor any of their 

employees, makes any warranty, express or implied, or assumes any legal liability or 

responsibility for the accuracy, completeness, or usefulness of any information, apparatus, 

product, or process disclosed, or represents that its use would not infringe privately owned rights. 

Reference herein to any specific commercial product, process, or service by trade name, 

trademark, manufacturer, or otherwise does not necessarily constitute or imply its endorsement, 

recommendation, or favoring by the United States Government or any agency thereof. The views 

and opinions of authors expressed herein do not necessarily state or reflect those of the United 

States Government or any agency thereof. 
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Abstract

Natural gas hydrates have long been considered a nuisance by the petroleum industry. Hydrates 

have been hazards to drilling crews, with blowouts a common occurrence if not properly 

accounted for in drilling plans. In gas pipelines, hydrates have formed plugs if gas was not 

properly dehydrated. Removing these plugs has been an expensive and time-consuming process.

Recently, however, due to the geologic evidence indicating that in situ hydrates could potentially 

be a vast energy resource of the future, research efforts have been undertaken to explore how 

natural gas from hydrates might be produced. 

This study investigates the relative permeability of methane and brine in hydrate-bearing Alaska 

North Slope core samples. In February 2007, core samples were taken from the Mt. Elbert site 

situated between the Prudhoe Bay and Kuparuk oil fields on the Alaska North Slope. Core plugs 

from those core samples have been used as a platform to form hydrates and perform unsteady-

steady-state displacement relative permeability experiments. The absolute permeability of Mt. 

Elbert core samples determined by Omni Labs was also validated as part of this study. Data 

taken with experimental apparatuses at the University of Alaska Fairbanks, ConocoPhillips’ 

laboratories at the Bartlesville Technology Center, and at the Arctic Slope Regional 

Corporation’s facilities in Anchorage, Alaska, provided the basis for this study. 

This study finds that many difficulties inhibit the ability to obtain relative permeability data in 

porous media-containing hydrates. Difficulties include handling unconsolidated cores during 

initial core preparation work, forming hydrates in the core in such a way that promotes flow of 

both brine and methane, and obtaining simultaneous two-phase flow of brine and methane

necessary to quantify relative permeability using unsteady-steady-state displacement methods.
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Chapter 1

1.1 Introduction

The Alaska North Slope is one of the largest regions of arctic petroleum exploration and 

production in the world. The discovery of oil at Prudhoe Bay in the 1960s triggered much of this 

development including that of the Trans Alaska Pipeline System (TAPS), one of the world’s 

largest private engineering projects. While still a cornerstone of production, Prudhoe Bay is in 

decline, and to maintain operation of the TAPS, fields such as Kuparuk, Milne Point, and Alpine 

have also been developed.  

Many years have passed since the opening of Prudhoe Bay, and the petroleum industry in other 

regions of the world has diversified to include ever-expanding development of natural gas 

resources in addition to crude oil. Natural gas, being an inexpensive and easy way to produce 

electricity, heat buildings, and even power motor vehicles, is seen as a resource that could 

provide nations with another energy source to contribute towards desired energy security in an 

environment of tension between producing and consuming countries. Work is currently 

underway by competing interests to build a natural gas pipeline from the Alaska North Slope into 

southern Canada. 

1.2 Methane Hydrates

The energy density of hydrates is something that has commanded much attention in recent years.

One volume of gas hydrate has been shown to contain up to 180 volumes of gas at standard 

conditions. Additionally, unlike the differences between crude oil and natural gas, the differences 

between gas from hydrate and gas from conventional reservoirs ends at the wellhead. The key to

developing hydrates as a resource lies in the characteristics of the reservoir during production. 

Gas hydrates are solid crystalline structures of water and gases—often methane, the main 

constituent of natural gas. They are thermodynamically stable at relatively low temperatures and 

high pressures and exist onshore in the Arctic and in offshore environments. Arctic onshore 

hydrates are seen as the easiest to produce logistically, given the high costs and technical 

challenges of offshore drilling. However, this has not stopped relatively energy-poor countries 
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such as Japan and India from investing significant sums of money in determining ways to 

produce these unconventional resources to reduce their dependence on imports. In North 

America, however, pilot projects have been confined to arctic regions of Alaska and Canada. In 

arctic onshore environments, hydrates exist below the permafrost and above where conventional 

hydrocarbon resources are found, because significant overburden pressure and low-enough 

temperatures at depth promote thermodynamic stability of hydrates.  

To date, natural gas dissociated from hydrates has been observed to contribute positively to the 

production of two commercial-scale gas fields in the Arctic: the Messoyakha field in Siberia 

(Collett and Ginsberg, 1998) and the gas field surrounding the Alaskan village of Barrow (Singh, 

2008). Both fields are still actively producing gas. In both cases, dissociating hydrates, which 

contribute to cumulative production, were not planned but were arrived at by accident. These 

reservoirs show the classic arrangement of a gas reservoir capped by hydrates. As natural gas 

was produced over time, reservoir pressure declined below the hydrate’s stability pressure, which 

caused it to dissociate, replenishing some of the gas lost to production. By maintaining this 

higher-than-normal reservoir pressure, these fields have experienced far greater yields than could 

have been recovered without the presence of hydrates.

1.3 Objectives

This study was conducted to determine the relative permeability characteristics of methane 

hydrate systems and the base permeability of unconsolidated sediments that are typical of 

reservoirs containing in-situ hydrates on the Alaska North Slope.  
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Executive Summary

Gas hydrates are a large potential energy source for the future. Natural gas dissociated from 
hydrates is no different from natural gas not stored in hydrates. Therefore, this unconventional 
resource does not require retooling of any end uses for natural gas, unlike unconventional 
resources such as heavy oil, which require modification of refineries. It is generally accepted that 
quantities of gas hydrates found in oceanic conditions far exceed those found in permafrost 
conditions in arctic environments. These two quantities were most recently estimated at 7.4 *
1014 m3 for permafrost hydrates and 2.1 * 1016 m3 for oceanic hydrates (MacDonald, 1990). 
Recent estimates published by the U.S. Geological Survey (USGS) indicate that the Alaska 
North Slope contains approximately 85 trillion cubic feet of technically recoverable natural gas 
from gas hydrates (http://www.doi.gov/news/08_News_Releases/111208.html).  

Hydrates have their own unique challenges. Gas present in hydrates is locked away in an 
immobile phase that requires dissociation by a variety of means. If gas is produced, significant 
amounts of water would also be released which would flow towards the production well in any 
number of scenarios. One of the ways to quantify this behavior is through the relative 
permeability of these two phases in the presence of hydrates. The present research project seeks 
to further define the relative permeability characteristics of these hydrate systems.

This project, which has been funded by the U.S. Department of Energy and supported through 
collaboration with industry members such as BP and ConocoPhillips, seeks to provide the most 
realistic relative permeability data for in situ hydrate systems to date. Unlike previous studies, 
this project uses core samples that contained hydrates prior to being liberated to the surface. Past 
research used core samples that not once were influenced by the presence of gas hydrates and,
therefore, reflected to a lesser degree the true character of these systems.

The experimental apparatuses used in this study were developed and/or modified for use at the 
University of Alaska Fairbanks. Experimental apparatuses allowed the researchers to form 
hydrates in core samples and then flow either methane gas or brine through the sample. Work at 
the Bartlesville Technology Center afforded the use of a magnetic resonance imager (MRI) to 
track the formation of hydrates within core samples.

Work conducted in Anchorage, Alaska, consisted of using a probe permeameter to measure the 
core samples’ permeability to air. This work served to validate work done by Omni Labs to 
quantify absolute permeability of Mt. Elbert core samples. 

Relative permeability measurements in Mt. Elbert core samples with the presence of gas hydrates 
has yet to be accomplished in a variety of technical challenges. Findings suggest that correlating 
relative permeability measurements obtained in sandstone cores may prove more fruitful.  
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Chapter 2

This chapter discusses knowledge fundamental to understanding hydrates and permeability 

experiments. Topics include hydrate formation and dissociation principles as well as methods for 

determining parameters such as relative permeability and absolute permeability in core samples.

2.1 Hydrate Formation

Hydrate formation is a reaction between water and gas molecules under certain specific 

environmental conditions, namely temperature and pressure. In the petroleum industry, two main 

types of hydrates are often considered: natural gas (mostly methane) hydrates and carbon dioxide 

hydrates. Methane hydrates can form hydrate plugs in natural gas facilities and are present 

during drilling operations, often overlying other hydrocarbon intervals of interest. Carbon 

dioxide hydrates have also been investigated as a method for storing carbon dioxide in order to 

mitigate its release into the atmosphere and as a way to stimulate production of methane 

hydrates.

Sloan and Koh (2008) describe initial hydrate nucleation (formation) in four discrete steps. The 

first involves a process similar to that when water forms into ice. Water molecules begin to 

arrange themselves according to their slight positive and negative polarities. The second step 

consists of partially formed crystals. When gas molecules are present partially within these cage 

structures, fully formed crystals form nearly instantaneously. The third step involves hydrate 

crystals forming alongside each other by sharing facies with one another. This step allows for the 

reduction in number of water molecules required to contain each gas molecule. This step 

inherently requires less energy than individual hydrate cages would require. The fourth and final 

step of nucleation is when clusters of hydrates agglomerate to a critical size and continue to 

grow.

2.1.1 Formation of Hydrates In Situ

Hydrate formation in consolidated and unconsolidated samples adheres to the same 

principles as hydrate formation in bulk quantities, but is influenced by other factors, such as 

grain size, porosity, and rock wettability. Westervelt (2004) conducted a study that compared 
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pressure and temperature deviations between hydrates in bulk and hydrates in core samples. It 

was found that higher pressure and lower temperatures, when compared with formation in bulk, 

are generally required to form hydrates in core samples.

For the purpose of this study, precise equilibrium conditions for hydrates were not stressed.

Rather, it was desired that hydrates would be formed in the porous media over manageable 

amounts of time, often less than one day, to facilitate timeliness of the individual experiments.

Pressure and temperature conditions, therefore, were set so that the core sample, saturated with 

water and gas, was well within the hydrate-equilibrium envelope.  

2.2 Hydrate Dissociation 

Gas molecules are trapped in hydrate lattice structures for two fundamental reasons. Firstly, low 

temperatures promote the formation of water cages held together by van der Waals forces. These 

cages form much like ice and contain void spaces at their centers, which decrease their density.

Secondly, high pressures effectively force individual gas molecules into open spaces present in 

the cages.

In the natural gas industry, interest in hydrates requires knowledge of how methane would 

potentially be liberated for hydrates. External energy inputs must be supplied to hydrates in order 

for them to dissociate. The three main concepts related to hydrate dissociation are 

depressurization, thermal (heat) addition, and thermodynamic inhibitors, which alter the 

temperature and pressure conditions at which hydrates can exist. For dissociation, either one of 

these two forces—temperature and pressure—must be overcome. Thermal addition and 

thermodynamic inhibitors, such as methanol, effectively break the ice structure of the hydrate 

crystals. Depressurization causes the gas molecules trapped in hydrates to be released from the 

cages.

Dissociating hydrates produce two fluids: water and its associated gas. Field level production of 

gas, therefore, also produces water under any of these production schemes. In order to 

understand how quickly these fluids will flow towards a wellbore with time, an understanding of 

relative permeability of gas and water in the presence of various hydrate saturations is necessary.
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2.3 Methods for Determining Relative Permeability

Relative permeability is a key reservoir parameter for those investigating production techniques 

for a given field, reservoir, or zone. Relative permeability is the permeability of two 

simultaneously moving fluids, often oil and water, but sometimes oil, water, and gas, as well as 

gas and water.

The relative permeabilities of each fluid are reported relative to base permeability (at the other 

fluid’s irreducible saturation) at a given saturation. Normally the saturation is that of the wetting

fluid. The wetting fluid, which for most reservoirs is water, preferentially contacts the reservoir 

rock as opposed to other fluid. This means that no matter how much of the non-wetting phase is 

flowing over an extended period of time, saturation of the wetting phase will not be reduced past 

its irreducible saturation. 

Determination of a complete data set for water and gas flow in the presence of hydrates is 

complicated because this data is likely to change with differing hydrate saturations. Therefore, 

relative permeability data must be known for a variety of hydrate saturations.

The following section will discuss some of the common laboratory techniques for determining 

relative permeability in core samples.

2.3.1 Steady-State Technique

The steady-state technique involves simultaneous injection of two phases at set volumetric ratios 

into a porous media. When pressure drop across the core and the injected ratio of the fluids is the 

same as that observed at the outlet, the system is said to be at steady-state condition, Dandekar 

(2006).  

The procedure for this technique dictates that a core sample should begin with 100% water 

saturation. The volumetric ratio of each fluid is varied during each iteration to generate a 

complete data set over a range of fluid saturations. Calculation of the effective permeability for 

each phase can usually be determined according to Darcy’s law (in this case for water):
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(2.1) 

where

k = Permeability (darcy)

μ = Viscosity (centipoise)

q = Flow rate (cc/sec)

L = Length of flow (cm) 

A = Cross-sectional area of flow (cm2) 

NP = Pressure difference (atmospheres)

Experimental procedures for determining relative permeability with the steady-state technique 

are often time-intensive and the technique’s main drawback. However, once steady-state 

conditions have been met, the calculations for determining relative permeability are quite simple.

In the context of gas-water permeability in the presence of hydrates, use of this method could be 

especially risky and prone to a variety of errors. The main difficulty is how to maintain a certain 

saturation of hydrates over the duration of an experiment. This necessitates a fine and difficult 

balance between preventing dissociation of the pre-existing hydrates and preventing formation of 

additional hydrates from the two mobile phases. Hydrate formation has been shown to be a time-

dependent process, hence, does not happen instantaneously; but given the long duration of 

steady-state experiments, it is still worthy of concern.

2.3.2 Unsteady-State Technique

In terms of ease of the physical experiment and ease of calculations, the unsteady-state

method is the exact opposite of the steady-state method. It is easier and quicker to perform with 

the same laboratory setup, yet requires many more calculations and assumptions to determine 

permeabilities Dandekar (2006). 
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The unsteady-state method involves displacement of one fluid (usually the non-wetting phase) by 

another (usually the wetting phase) and measurement of production rates at the outlet of the core.

As the wetting phase is injected, displacing the non-wetting phase, the wetting phase’s saturation 

increases from its irreducible saturation to the non-wetting phase’s irreducible saturation.

The common method for analyzing data generated by this type of experiment is the Johnson-

Bossler-Naumann (1959) method. Data that must be recorded include quantities of produced and 

injected fluids, up and downstream pressures, fluid viscosities, and physical characteristics of the 

core sample such as bulk dimensions and porosity. 

The method will not be fully derived in this report. The simplified equations of interest are as 

follows: 

(2.2) 

(2.3) 

where

krw = Relative permeability of water (ratio)

krg = Relative permeability of gas (ratio)

Qwp = Flow rate of produced water (pore volume ) 

Qgi = Flow rate of injected gas (pore volumes) 

Ir = = Relative injectivity (ratio), where u = Q/A = average velocity of fluid

2.3.3 Alternative Approaches

Research at the Lawrence Berkeley National Laboratory (Seol et al., 2006) describes the 

inherent difficulty of performing traditional relative permeability measurements of gas and water 

in the presence of hydrates. One of the goals of Seol et al. was to limit the formation of 
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additional hydrates during flow experiments. In order to estimate relative permeability 

properties, they performed an experiment by which hydrates were formed in a sandstone sample 

and permeabilities of gas and water were measured independently. Using X-ray computed 

tomography (CT), they estimated the saturations of hydrate, gas, and water in real time. By 

analyzing the permeability characteristics of each phase in real time, the researchers were able to 

estimate relative permeability by inverse modeling with TOUGH/iTOUGH2, a software program 

developed for simulating various hydrate behaviors. 

2.4 Methods for Determining Absolute Permeability

Permeability is one of the fundamental properties of a reservoir rock. There are various ways to 

measure permeability, one of which is to flood the core with a fluid and calculate permeability 

using Darcy’s equation. Although this is a good method of measuring permeability, it is time-

consuming and requires cutting core plugs of specific dimensions for flooding.  

Another method of permeability measurement is using probe permeameters. Probe permeameters 

are pressure-decay devices that can perform fast, non-destructive permeability measurements. 

Probe permeameters work on the principle of flow through porous media as empirically defined 

by Darcy’s law.

Probe permeameters work by applying pressure on the rock surface with the help of a probe tip 

such that only the gas that is used to pressurize (usually air or nitrogen) the sample can dissipate 

through it. Once stable pressure is achieved at the probe (flow equilibrium), a calibrated volume 

of gas at that pressure is locked in by a valve. This results in pressure decline as the gas 

dissipates through the rock. Probe permeameters use the rate of this pressure decline to 

determine the permeability of the sample.
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Chapter 3

This chapter details setups and procedures for both relative permeability experiments and 

absolute permeability experiments, performed as part of this study. The first section is devoted to 

relative permeability measurements, and the second, to absolute permeability measurements.

3.1 Relative Permeability Experiments

The initial experimental apparatus used for determining relative permeability was designed and 

assembled at the University of Alaska Fairbanks. The setup had two main purposes: (1) to form 

hydrates and preserve them and (2) to perform relative permeability experiments. A detailed 

explanation of the experimental setup at UAF’s labs is given in the sections that follow. The

primary difference between work performed at UAF and work performed at ConocoPhillips labs 

is the use of a magnetic resonance imager (MRI) at ConocoPhillips. Other components used at 

ConocoPhillips labs are not explained in detail. The equipment, however, is equivalent and often 

superior in capability to that used at UAF.

3.1.1 Experimental Setup

The experimental setup consisted of components commonly found in experiments typical to 

the petroleum industry and those involved in lab research. 

3.1.1.1 Core Holder

The core holder used in this experiment could accommodate cores of 2 in. in diameter and 

up to 12 in. long. Cores were held in a rubber sleeve around which overburden pressure would be 

applied. In this experiment, the surrounding volume was filled with tap water and then 

pressurized with high-pressure helium up to 1700 psi. The core holder maintained a specific 

temperature (specified by the user) with the use of a cooling jacket connected to a refrigeration 

unit. The refrigeration unit that was used to maintain the core holder temperature was a Julabo 

FP50 model; it was controlled via the data-logging Dell computer. The cooling system could be 

set to a specific temperature or could be set to heat or cool at a given rate. The coolant used was 

a mixture of 50% propylene glycol and 50% water.  
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Figure 3.1: Experimental setup.

3.1.1.2 Injection System

Two Isco Series D pump controllers connected to Isco 500D syringe pumps controlled the 

flow of methane and brine in the experimental setup. Di-ionized water was used in the pumps to 

assure that proper functions were maintained. Water that the pumps injected was used to move a 

piston in either one of two accumulators that would inject an equivalent amount of brine or 

methane at the same pressure.

The pumps injected fluids at either constant flow rates or constant pressure. When performing 

absolute water permeability experiments using cores with lower permeabilities (<50 mD) and 

during hydrate formation, it was found that constant pressure injection was preferred to constant

rate. When using cores with higher permeabilities and during displacement experiments, it was 
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found that a constant rate worked best. The pumps were run anywhere from 10 to 1500 psi, with 

flow rates typically from 0.010 mL/min up to 5 mL/min. 

Both the gas and brine accumulators were wrapped with copper tubing, which was connected to 

a NESLAB Endocal RTE-4 refrigeration unit that operated independently of the Julabo unit. Its 

purpose was to pre-cool the fluids during flow experiments when hydrates were present in the 

core holder. This was done to avoid any unwanted hydrate dissociation due to the injection of 

warmer fluids above the hydrate stability temperature.

3.1.1.3 Production System

In order to conduct flow experiments, it became necessary to maintain a certain 

backpressure and monitor the rate and composition of produced fluids. Therefore, a subunit 

consisting of three components—a back pressure regulator, a gas flowmeter, and electronic 

balance—was assembled.

The backpressure regulator used was a Temco BP Series, rated to 5000 psi. It operated by 

applying fluid on the dome side of a Teflon diaphragm, which acted as a closed valve when the 

moving fluids (brine and methane) were below dome pressure. When the pressure of the moving 

fluid was above dome pressure, the diaphragm would allow flow, thereby lowering the pressure 

back towards the set point. When functioning properly, the regulator maintains its set pressure 

and allows flow accordingly. 

At times, it was seen that using a gas source for applying dome pressure was sufficient.

However, experience showed that pressure applied to the dome side did not always translate into 

flowing backpressures of the same value. Small amounts of contamination from fines migration, 

mechanical stress on the diaphragm, and/or other undetermined issues caused irregular 

backpressure operation. The use of ISCO pumps to control backpressure made the small and 

large adjustments of the backpressure (and therefore the flow of downstream fluids) much easier 

as compared with a high-pressure nitrogen cylinder operated with a choke and no bleed valve. 

This arrangement was especially important during flow through a hydrate-saturated sample when 

maintaining overall pore pressure was critical for hydrate stability. It was seen that sometimes 
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dome pressure would be in error by 100–200 psi when compared with actually flowing pressure.

However, if the appropriate backpressure could be quickly achieved, this discrepancy was 

ignored. 

The gas flowmeter used was an Aalborg GFM17 model. It was capable of measuring flow 

between 0 L and 2 L per minute. Data was recorded every second to increase measurement 

accuracy. Unlike other components of the setup, such as the pump or the electronic balance, true 

volume could not be measured. Only flow at given time steps could be measured. Therefore, to 

reduce the transient error inherent to the system, data was taken every 1 sec, as opposed to 5 sec 

to 1 min for other devices. 

The mass balance was used to weigh the brine that was removed from the system. In the flow 

diagram, it was placed upstream of the backpressure regulator and downstream from the gas 

flowmeter. An enclosed metal accumulator was placed on an AND GF-4000 electronic balance,

and the weight was tared. Therefore, any brine produced subsequently would be observed as an 

increase in the weight of the total setup.

3.1.1.4 Data Collection

Data was recorded by two main devices during the course of an experiment. The first device 

was the injection pump of interest. Pumps logged the flow rate, pressure, and cylinder volume.

The second device was on the downstream side for recording the gas flow rate and the time-

dependent balance measurement. When hydrates were actively recorded, temperatures of the 

core holder were measured. Temperatures were monitored during the entire experiment, although 

only recorded during hydrate formation. Data that was taken with different logging software was 

often set to record values at identical timesteps so that data could be easily analyzed at a later 

period with Microsoft Excel and other software programs. For absolute and effective 

permeability experiments, data was commonly taken every five seconds. Hydrate formation was 

a much slower process, and therefore one-half of a minute was selected as an appropriate time 

interval.  
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3.1.1.5 Magnetic Resonance Imager

The solicitation of ConocoPhillips for work on this project stemmed from its ability to 

monitor water saturations in core samples before, during, and after hydrate formation. The MRI 

model used in this experiment was a Varian 2 Tesla Superconducting Magnet (see Figure 3.2) 

with a 7 Gauss/cm gradient. It has the ability to take measurements every cubic millimeter and 

can take a 3-dimensional image with dimensions of 32 x 32 x 128 mm. 

Commonly only 1-dimensional profiles were taken due to their speed of acquisition, which was 

normally between 15 seconds to 1 minute. Two- and three-dimensional images inherently took 

longer (approximately one-half hour to four hours) and therefore were not practical during 

transient testing periods, except for with hydrate formation, which has a much slower reaction.

Figure 3.2: MRI setup. 
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3.1.2 Experimental Procedure

The following sections detail how the relative permeability experiments in the presence of 

gas hydrates were performed. These experiments utilized unconsolidated core samples taken 

from the Mt. Elbert exploratory well drilled on the Alaska North Slope in February 2007. Other 

sandstone cores were used to become comfortable with the experimental setup and to fine-tune 

experimental procedures.

3.1.2.1 Initial Core Saturation 

The first step of the experiment was to saturate the core samples with 100% water and 

establish base permeability. If the core was known to contain small amounts of water (either 

when beginning with a new core sample or after certain previous experiments), water was 

injected at a constant rate until continuity was observed in the sample. If a continuous phase of 

water was not present, maintaining pumps at constant rate would be difficult due to the 

compressibility of air and the incompressibility of water. When beginning with a relatively dry 

sample, running the pumps at constant pressure could have caused the pump to run at high flow 

rates, which could exacerbate fines migration, break filters at the core plug ends, or both. Broken

filters most often led to fines entering the experimental tubing, clogging them and causing 

component replacements. Sometimes this also led to sand collecting in the backpressure 

regulator, causing erratic behavior. Once it was determined that the core was mostly saturated,

the pump and the backpressure regulator were set at constant pressure, and the flow rate of the 

pump was logged. Constant flow rate and pressure over time indicates steady-state flow.

Absolute permeability was then calculated using Darcy’s law.

3.1.2.2 Hydrate Formation

After determining absolute permeability, hydrate formation was started. The initial step 

called for the evacuation of some water and injection of methane into the core sample. This was

done in one of two ways. The first method was by bringing water and gas into contact with each 

other at the desired pressure for hydrate formation. Then, setting the brine pump to refill mode 

and the gas pump to injection mode—both at the same flow rate—water was removed and gas 

injected. The second method was essentially to open the bottom of the core holder to the 
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backpressure regulator and allow gas to displace water out of the core. This was done when it 

was desired that larger amounts of water be removed. When gas was seen at the core outlet and 

the predetermined amount of water was collected, the injection was halted.

The gas pump then was able to maintain pore pressure in the core. The downstream side of the 

core holder was shut in, and the gas pump was set to constant pressure. The refrigeration unit 

connected to the core holder was cooled to the point desired for hydrate formation. At UAF, the 

temperature was brought to operating temperature from room temperature over the course of 

about 4 hr. The refrigeration set temperature and the core temperature were not the same value, 

as there were heat transfer losses in the system between the refrigerator and the core holder.

Therefore, thermocouples were used to log the temperature and confirm that experiments were 

being conducted at the proper temperature. At ConocoPhillips, the practice was to merely set the 

temperature for the desired end temperature and cool the core as fast as possible. In analyzing 

both methods, both appear to form hydrates just as easily. This subtitle nuance was not 

considered critical to the overall project and, therefore, was not explored in greater detail. Both 

were considered valid approaches.

As the core cooled, hydrate formation caused the consumption of methane gas, which, without 

running the pump at constant pressure, would lead to a drop in pressure. During peak initial 

hydrate formation, a noticeable spike in flow rate (and therefore pump cylinder volume) was 

observed. In all cases, this indicated good hydrate formation. Hydrate formation was typically 

done overnight, and the duration of this experiment was approximately 12 to 15 hours. Hydrate 

formation usually occurred over the first few hours, when the temperature and pressure were 

within the hydrate equilibrium region. After an hour or two, the pump flow rate was not observed 

to flow at an appreciable rate. Extended duration of this step, theoretically, could have led to

more hydrate formation, but would have probably led to less permeability. 

3.1.2.3 Permeability Determination with Hydrates

Procedures for determining permeability in the presence of hydrates consisted of 

re-saturating the remaining pore volume with water and then displacing it with gas. Water was
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re-saturated to ensure uniform distribution of one of the phases prior to beginning the relative 

permeability experiment.

Saturation with water was conducted in the same fashion as absolute permeability. The injection 

pump was set to constant pressure with constant backpressure. Steady flow through the core 

sample at equalized pressure then allowed for the calculation of permeability using Darcy’s law.

Following saturation, the procedure was to inject gas at a constant rate beginning at the initial 

pore pressure of the core sample. Injection rates, rate of production of each fluid, and pressure 

drop were monitored. The experiment was complete when irreducible saturation of the brine 

phase was achieved. Relative permeability was then calculated using the JBN method (Johnson 

et al., 1959). 

3.2 Absolute Permeability Experiments

3.2.1 Experimental Setup

For this study, a lab-based probe permeameter—Core Lab UPP-200—was used (Figure 3.3).

To test the applicability of this permeameter in measuring the permeability of frozen core 

samples from well MEO1, a feasibility study was carried out before the actual measurements. 

During this phase of the study, the probe permeameter was set up at the ASRC core storage in 

Anchorage, Alaska. A small set of core samples from the known hydrate-bearing section of the 

well were selected and carefully measured to obtain permeability data. This data was logged and 

compared to the values obtained previously during routine core analysis by OMNI Labs. 
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Figure 3.3: Core Lab UPP-200 probe permeameter. (Inset: Core holder with Mt. Elbert core 
during the feasibility study.)

The following observations were made during the feasibility study:

� A good match was observed between the permeability data obtained using the probe 

permeameter and the data obtained by OMNI labs.

� The probe permeameter and the related equipment worked well in low temperature 

conditions maintained in the refrigerated core storage. 

� To accommodate the core samples in the core holder, the samples were moved out of the 

core box and placed in the core holder to take measurements. This proved to be 

destructive for the core samples and slowed down the measurement process.  

� The V-shaped core holder of the UPP-200 (Figure 3.3, Inset) did not provide adequate 

support for the cores and increased the risk of core damage.

Based on the above observations, it was concluded that the most effective and safe method for 

measuring permeability would be to measure it without moving the cores from the core box. This 

method would greatly reduce the risk of core damage due to transferring, and a core box would 

provide good support to the cores during measurement. Thus, a new core holder was designed 

(Figure 3.4) that could accommodate the standard core box (37½ in. x 12¾ in.). This core holder 
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Pressure 
Control

Computer
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was then fabricated locally (Figure 3.5) and used to perform the permeability measurements. It 

proved to be very effective in reducing both damage to the cores and time spent measuring

permeability. 

Figure 3.4: New core holder designed for Mt. Elbert permeability study (not to scale). 
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Figure 3.5: New core holder for Core Lab UPP-200. 

3.2.2 Experimental Procedure

After the modified probe permeameter setup was fabricated and tested, it was transported to 

the ASRC facility in Anchorage, Alaska, to perform permeability measurements on the available 

core from Mt. Elbert well ME-01. The permeameter was set up inside the refrigerated core 

storage unit to measure the cores without risk of their thawing. Care was taken to maintain the 

temperature in the unit below 40°F.  

A total of 400 ft of core samples from Mt. Elbert well ME-01 were measured. Permeability data 

logged by the probe permeameter were also logged manually as a backup, and remarks were 

made about the condition of the core samples. Places at which permeability measurements were

performed were marked and photographed for future reference (Figure 3.6).
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Figure 3.6: A core box with core samples showing points of measurement. 

Points of Measurement
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Chapter 4

Results of work completed for this study are compiled in this chapter. As with the previous

chapter, relative permeability and absolute permeability experiments are separated into two 

sections along with their respective results and discussion. Relative permeability experiments 

were conducted using the unsteady-state displacement method in the presence of reformed 

methane hydrates. Absolute permeability of frozen Mt. Elbert cores was determined with a probe 

permeameter.  

4.1 Relative Permeability

4.1.1 Results

The first part of this project was to determine the gas-brine relative permeability 

characteristics of representative methane hydrate-saturated core samples. The goal was to form 

hydrates over a range of saturation that still permitted two-phase flow. 

To date, relative permeability in the presence of hydrates has not been determined for Mt. Elbert 

core samples. The presence of hydrates inevitably leads to reduction in permeability of porous 

media. At times, the presence of hydrates has manifested itself as reducing permeability to a 

level that is immeasurable, or where permeability of water can be determined but not that of gas.

The following sections highlight certain experimental results and discuss issues encountered 

during each phase. 

4.1.1.1 Absolute Permeability

Determining absolute permeability during each iteration of the experiment was least 

problematic. Even though Mt. Elbert cores have low permeability and higher than insignificant 

clay content, steady-state flow was achieved in nearly every iteration with permeability 

determined by Darcy’s law. Figure 4.1 is an example of the type of data recorded during this 

step. This test was conducted at constant differential pressure. From the figure, it can be seen that 

flow rate reached steady state over the course of the experiment. The permeability corresponding 

to this particular test was 1.04 mD. 
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Figure 4.1: Absolute permeability example.

4.1.1.2 Hydrate Formation

As mentioned in previous sections, the formation of methane hydrates depends on many 

factors. Key in determining the quantity of hydrate formation is the relative availability of each 

of the constitutive components: water and methane. When gas pressure is supported by the gas 

pump, water is the limiting component for hydrate formation. Over many trials, it was often quite 

difficult to remove significant enough water from the core samples to form low saturations of 

hydrates (<20%).  

Use of the MRI showed that water saturation could be reduced from approximately 50% to 

nearly zero in the presence of excess gas. The before-and-after pictures shown in Figures 4.2 and

4.3 give an indication of the level of free water reduction. Green colors indicate the presence of 

free water. No signal indicates the presence of either gas or hydrate. Blue colors indicate noise, 

which could not be completely filtered out.
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Figure 4.2: Initial saturation of gas and water prior to hydrate formation. 

Figure 4.3: Sample with formed hydrates. 
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Without the use of an MRI, hydrate formation is inferred by analyzing data from the methane 

injection pump. At constant pressure and with no active formation of hydrates, the flow rate is 

observed to be nearly zero. When hydrates form, the pressure is supported by active injection by 

the pump. A large spike is indicative of hydrate formation accompanied by a drop in pump 

cylinder volume. Figure 4.4 is a good example of this behavior. 

Figure 4.4: Hydrate formation example.

4.1.1.3 Effective Permeability

Following hydrate formation, it was common practice to re-saturate the remaining pore 

volume with brine, which also served to determine the maximum effective permeability of water 

in the presence of hydrates without excess gas. Figure 4.5 is a good example of this phase of the 

experiment. The effective permeability associated with this flow test was 0.24 mD.
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There were many instances when achieving this data set was quite difficult. When hydrates 

either formed too completely (high saturation) or locally around the water injection point, no 

measurable permeability was obtained, and that particular test was abandoned.
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Figure 4.5: Effective permeability example.

4.1.1.4 Displacement: Relative Permeability

Relative permeability measurements, one of the main goals of this study, have been the most 

difficult to achieve. This has been due to factors known, theorized, and still unknown. What is 

clear is that permeability of gas in hydrates reformed in Mt. Elbert core samples is a key factor in 

this difficulty.

When injecting gas to displace water in the presence of hydrates, it has been observed on 

numerous occasions that in the initial stages of the experiment the permeability has been reduced 

to immeasurable amounts when attempting to displace water with gas. Two theories about this 
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phenomenon suggest (1) additional hydrate formation at the interface between brine and gas, and 

(2) high capillary pressure that restricts the flow of gas and then subsequently leads to hydrate 

formation. 

Work with a sandstone core that was imaged with the MRI late during this research has indicated 

that, given high enough permeability, additional hydrate formation or the effects of high 

capillary pressure during this phase can be either mitigated or drastically reduced. During this 

one trial, water saturation before hydrate formation was reduced beyond what was possible just 

by gas displacement, resulting in low hydrate saturation in a highly permeable core sample. 

Following hydrate formation, both effective permeability measurements and a displacement 

experiment were conducted. During initial flooding and the subsequent displacement experiment, 

it was observed that two-phase flow with gas and brine did not occur, indicating that unsteady-

state experiments with gas and brine are possibly not feasible. Figure 4.6 is a qualitative analysis 

of the flow brine and gas, both injected and accumulated.
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Figure 4.6: Flow analysis during effective and relative permeability experiments in the sandstone 
sample.

Figure 4.6 shows some of the inherent problems of unsteady-state displacement with brine and 

gas. As either brine or gas is injected (for brine in Zones 1 and 2; for gas in Zones 3 and 4), the 

other phase, which is known to be nearly 100% saturated, is displaced at a rate relatively equal to 

that of the injected phase. This occurs until the injected phase reaches the end of the sample. 

Then, essentially, effective permeability at the other phase’s zero, or reduced, saturation is 

observed. For JBN analysis to be used following unsteady-state experiments, there must be 

appreciable flow of both phases over a range of saturations. 

4.1.2 Discussion

It is the opinion of the authors that one of the key difficulties with this experiment was the 

use of unconsolidated samples. While Jaiswal (2004) reported success using sandstone core with 

a similar setup and procedure, the authors of the present work believe that further validation of 

those results is needed before trying to conduct the same experiment with unconsolidated cores. 
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By their nature, hydrates are an immobile phase present within the pore spaces of either 

unconsolidated sediment or another porous media; therefore, they inhibit permeability for other 

phases present within the same media. Using different core handling techniques, which range 

from compacting sediments to maintaining bulk dimensions and porosities, it was found that Mt. 

Elbert cores had severely limited permeability both with and without hydrates present. Neither 

procedure seemed preferable; both have their own inherent difficulties. Compacting sand from 

core samples reduced porosity and permeability. Maintaining bulk dimensions made the 

application of overburden pressure which is necessary for forming hydrates a painstakingly slow 

process.

Flowing one or more fluids (methane and brine) through a core sample in the presence of 

hydrates was extremely difficult and sometimes, as mentioned before, was not at all successful.

This report’s authors believe that using consolidated sandstone cores with much higher native 

permeability would help to simplify many of the experimental considerations. Work at

ConocoPhillips’ Bartlesville Technology Center validated that both brine and methane could be 

injected through a sandstone core sample containing hydrates. With Mt. Elbert cores, this has not 

been achieved once. This single experiment still used the unsteady-state displacement method in 

order to determine relative permeability. Due to apparent piston-like displacement of gas by 

water and apparent fingering of gas through water, two-phase flow, which is necessary in using

the JBN method, was never observed. However, these promising results confirmed that both 

phases can be injected through a hydrate-bearing sample without significant additional hydrate 

formation if there exists significant enough permeability. The authors believes that employing a

steady-state relative permeability experiment using a sandstone core with low hydrate saturations 

offers the best possibility for success at present. 

It is possible that traditional laboratory measurements for determining relative permeability in 

hydrate samples may not be viable. Hydrates in this experiment were formed over short 

durations—only hours. It is not known how long it takes hydrates to form in nature, but 

theoretically, it could take untold years. Therefore, it is not easy to determine if the hydrate 

distribution in these core samples is representative or not. It is our opinion that the higher the 

saturation of hydrates, the lower the degree of uncertainty with respect to these considerations. 
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That is to say, the greater the hydrate saturation, the less deviation there is from equivalent 

hydrate saturations in nature. 

4.2 Absolute Permeability

4.2.1 Results

The absolute permeability of Mt. Elbert core samples that do not contain hydrates was 

determined in order to compare it with data measured by Omni Labs. The following tables are a 

comparison of permeability values measured using UPP-200 with those measured by Omni Labs 

(Table 4.1) and a comparison of measured permeability and percent change in permeability with 

depth (Table 4.2). 
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Table 4.1: Comparison of measured permeability values.

Sample

Mid Depth (ft)
Permeability to Air (mD)

Omni
Permeability to Air (mD)
UAF (Nearest Reading)

Actual Depth for the UAF 
Reading

1997.435 0.155 26.4 1997.83

2017.1 12.2 62 2017.46

2045.9 1370 723 2046.21

2051.45 1630 567 2050.88

2106.085 0.069 53.5 2106.88

2124.75 145 15.2 2124.54

2163.4 675 2.65 2163.5

2180.25 7650 2152 2180.04

2224.15 1.01 14.5 2224.71

2225.415 0.0031 8.9 2225.79

2274.7 2.68 353 2274.29

2301.1 815 186 2301.29

2396.335 0.039 8.01 2396.79

2454.95 1.34 1.28 2454.88

2470.6 0.887 0.381 2470.79

2482.15 0.77 1.96 2482.38
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Table 4.2: Comparison of measured permeability values with percent change along depth. 

Sample Mid 

Depth (ft)

Permeability to 

Air (mD) Omni

Permeability to Air 

(mD) UAF 

(Nearest Reading)

Actual Depth 

for the UAF 

Reading

% Change in 

Permeability Along 

Depth, OMNI

% Change in 

Permeability Along 

Depth, UAF

1997.435 0.155 26.4 1997.83

2017.1 12.2 62 2017.46 7770.967742 134.8484848

2045.9 1370 723 2046.21 11129.5082 1066.129032

2051.45 1630 567 2050.88 18.97810219 -21.57676349

2106.085 0.069 53.5 2106.88 -99.99576687 -90.5643739

2124.75 145 15.2 2124.54 210044.9275 -71.58878505

2163.4 675 2.65 2163.5 365.5172414 -82.56578947

2180.25 7650 2152 2180.04 1033.333333 81107.54717

2224.15 1.01 14.5 2224.71 -99.98679739 -99.32620818

2225.415 0.0031 8.9 2225.79 -99.69306931 -38.62068966

2274.7 2.68 353 2274.29 86351.6129 3866.292135

2301.1 815 186 2301.29 30310.44776 -47.30878187

2396.335 0.039 8.01 2396.79 -99.99521472 -95.69354839

2454.95 1.34 1.28 2454.88 3335.897436 -84.01997503

2470.6 0.887 0.381 2470.79 -33.80597015 -70.234375

2482.15 0.77 1.96 2482.38 -13.19052988 414.4356955
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4.2.2 Discussion

Comparison of permeability values measured with the probe permeameter show a wide 

variability similar to the variability shown by the OMNI readings. This is indicated by a similar 

percent change in permeability along depth in both the probe permeameter and OMNI readings 

(highlighted in red in Table 4.2). The probe permeameter values show good correlation in the 

lower range of the permeability readings with the OMNI values.  
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Disclaimer

This report was prepared as an account of work sponsored by an agency of the United States 

Government. Neither the United States Government nor any agency thereof, nor any of their 

employees, makes any warranty, express or implied, or assumes any legal liability or 

responsibility for the accuracy, completeness, or usefulness of any information, apparatus, 

product, or process disclosed, or represents that its use would not infringe privately owned rights. 

Reference herein to any specific commercial product, process, or service by trade name, 

trademark, manufacturer, or otherwise does not necessarily constitute or imply its endorsement, 

recommendation, or favoring by the United States Government or any agency thereof. The views 

and opinions of authors expressed herein do not necessarily state or reflect those of the United 

States Government or any agency thereof. 
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Abstract

The Alaska North Slope offers one of the best prospects for increasing U.S. domestic oil and gas 
production. However, this region faces some of the greatest environmental and logistical 
challenges to oil and gas production in the world. A number of studies have shown that weather 
patterns in this region are warming, and the number of days the tundra surface is adequately 
frozen for tundra travel each year has declined. Operators are not allowed to explore in 
undeveloped areas until the tundra is sufficiently frozen and adequate snow cover is present. 
Spring breakup then forces rapid evacuation of the area prior to snowmelt. Using the best 
available methods, exploration in remote arctic areas can take up to three years to identify a 
commercial discovery, and then years to build the infrastructure to develop and produce. This 
makes new exploration costly. It also increases the costs of maintaining field infrastructure, 
pipeline inspections, and environmental restoration efforts. New technologies are needed, or oil 
and gas resources may never be developed outside limited exploration stepouts from existing 
infrastructure.  

Industry has identified certain low-impact technologies suitable for operations, and has made 
improvements to reduce the footprint and impact on the environment. Additional improvements 
are needed for exploration and economic field development and end-of-field restoration. One 
operator—Anadarko Petroleum Corporation—built a prototype platform for drilling wells in the 
Arctic that is elevated, modular, and mobile. The system was tested while drilling one of the first 
hydrate exploration wells in Alaska during 2003–2004. This technology was identified as a 
potentially enabling technology by the ongoing Joint Industry Program (JIP) Environmentally 
Friendly Drilling (EFD) program. The EFD is headed by Texas A&M University and the 
Houston Advanced Research Center (HARC), and is co-funded by the National Energy 
Technology Laboratory (NETL). The EFD participants believe that the platform concept could 
have far-reaching applications in the Arctic as a drilling and production platform, as originally 
intended, and as a possible staging area.

The overall objective of this project was to document various potential applications, locations, 
and conceptual designs for the inland platform serving oil and gas operations on the Alaska 
North Slope. The University of Alaska Fairbanks assisted the HARC/TerraPlatforms team with 
the characterization of potential resource areas, geotechnical conditions associated with 
continuous permafrost terrain, and the potential end-user evaluation process.  

The team discussed the various potential applications with industry, governmental agencies, and 
environmental organizations. The benefits and concerns associated with industry’s use of the 
technology were identified. In this discussion process, meetings were held with five operating 
companies (22 people), including asset team leaders, drilling managers, HSE managers, and 
production and completion managers. Three other operating companies and two service 
companies were contacted by phone to discuss the project. A questionnaire was distributed and 
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responses were provided, which will be included in the report. Meetings were also held with 
State of Alaska Department of Natural Resources officials and U.S. Bureau of Land 
Management regulators. The companies met with included ConcoPhillips, Chevron, Pioneer 
Natural Resources, Fairweather E&P, BP America, and the Alaska Oil and Gas Association. 
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Figure 1. 2003 Anadarko/DOE/Noble HOT ICE 
platform.

 

Figure 2. HOT ICE platform.

Executive Summary

The Alaskan North Slope offers one of the best prospects for increasing U.S. domestic oil and 
gas production. However, this region faces some of the greatest environmental and logistical 
challenges to oil and gas production in the world. A number of studies have shown that weather 
patterns in this region are warming, and the number of days the tundra is frozen each year has 
decreased. Operators are not allowed to explore in undeveloped onshore areas until the tundra is 
sufficiently frozen with sufficient snow depth. Spring breakup then forces rapid evacuation from 
the area due to snowmelt. Using the best available methods, exploration in remote arctic areas 
can take up to three years to identify a commercial discovery, and then years to build the 
infrastructure to develop and produce. This makes new exploration expensive, decreasing the 
number of fields that could be economical. It also increases the costs of maintaining field 
infrastructure, pipeline inspections, and environmental restoration efforts. New technologies are 
needed, or oil and gas resources may never be developed outside limited exploration stepouts 
from existing infrastructure. 

In our study, logistics has been identified as 
the most expensive barrier to oil and gas 
exploration on the North Slope. Industry has 
identified certain low-impact technologies 
suitable for operations, and has made 
improvements to reduce the footprint and 
impact on the environment. Additional 
improvements are needed for exploration. One 
operator—Anadarko Petroleum Corporation—
built a prototype platform for drilling wells in 
the Arctic that is elevated, modular, and 
mobile (Figure 1 and Figure 2).1,2

1 U.S. Department of Energy, Office of Fossil Energy, ‘Drilling of U.S.’s First Hydrate Well Underway on North 
Slope Using Anadarko Petroleum’s Innovative ‘Arctic Platform’,” DOE Technline, April 11, 2003.
2 Kadster, A.G., Millheim, K.K., and Thompson, T.W.: “The Planning and Drilling of Hot Ice #1 – Gas Hydrate 
Exploration Well in the Alaskan Arctic,” SPE/IADC 92764, Presented at the SPE/IADC Drilling Conference, 
Amsterdam, The Netherlands, 23-25 February 2005.

The system 
was tested while drilling one of the first 
hydrate exploration wells in Alaska during 
2003–2004. This technology was identified as  
potentially enabling by the ongoing Joint 
Industry Program (JIP) Environmentally 
Friendly Drilling (EFD) program headed by 
Texas A&M University and the Houston 
Advanced Research Center (HARC), and co-
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funded by the National Energy Technology Laboratory (NETL). The EFD participants believe 
that the platform concept could have far-reaching applications in the Arctic, both as a drilling 
and production platform, as originally intended, and as a possible staging area. 

The platform can be used for drilling or alternatively as a staging area to reduce the cost of 
additional ice pads or, in multi-season deployments, the distance for removing equipment during 
the summer. Additionally, it may help save on the cost of constructing ice roads over small 
streams or building thick ice pads on sloping terrain. This study will address such applications, 
including examples in the NPR-A and Arctic Foothills of Alaska—areas that are considered 
problematic for any kind of human development, with extremely complicated engineering-
geologic conditions. These areas, located in the continuous permafrost zone, are characterized by
the following  

� Wide occurrence of ice-rich soils with massive areas of ground ice located at different 
depths (thick and tall ice wedges, buried glacial ice).  

� Saturated active-layer thickness usually not more than 0.5–0.6 m.  
� High vulnerability of tundra terrain.  
� Increased slopes and rougher terrain than the Coastal Plain. 
� Fast development of permafrost-related hazardous processes (i.e., thermokarst and 

thermal erosion).  
� Long distance from current infrastructure for oil and gas development.  

This project complements work conducted by the EFD program and leverages the 
accomplishments already achieved. HARC has been collaborating with Texas A&M University 
and TerraPlatforms, LLC (the Project Team) in the JIP research partnership to identify, test, and 
adapt technologies for exploiting natural gas resources with a reduced environmental footprint. 
The collaboration is designed to reduce environmental concerns for ecologically sensitive areas 
currently open for extraction activities. The JIP addresses not only the engineering challenges 
facing the energy industry but also the considerable environmental concerns facing preserves and 
protected areas with mineral extraction activities. Funding for the first phase of the EFD program 
has been obtained from the Department of Energy NETL and from industry, including BP, Shell, 
Devon, Conoco, Statoil, Chevron, Anadarko, Noble Corporation, National Oilwell Varco, 
Halliburton, and MI Swaco.  

This report documents an investigation of conceptual designs for logistical support of Arctic 
activities. The purpose was to consider conceptual designs to improve environmental tradeoffs 
associated with Arctic operations/logistics and to identify what technology gaps exist. A key part 
of the effort is outreach and technology transfer to the public, government agencies, industry, 
and academia associated with exploration and production, and environmental protection in the 
Arctic. 
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Objectives and Work Scope

The overall objective of this effort was to investigate conceptual designs for logistical support of 
Arctic activities. Various conceptual designs and applications to improve environmental 
tradeoffs associated with Arctic operations/logistics were reviewed, and technology gaps were 
identified. In addition, the effort documents various potential applications, locations, and 
conceptual designs for the inland platform serving oil and gas operations on the Alaska North 
Slope. The University of Alaska Fairbanks assisted the HARC/TerraPlatforms team with the 
characterization of potential resource areas, geotechnical conditions associated with the 
continuous permafrost terrain, and the potential end-user evaluation process.  

The team discussed the various potential applications with industry, governmental agencies, and 
environmental organizations. The benefits and concerns associated with industry’s use of the 
technology were identified. In this discussion process, we met with five operating companies (22 
people), including asset team leaders, drilling managers, HSE managers, and production and 
completion managers. Following the Draft Report, four other operating companies and three
service companies were either visited or contacted by phone to discuss the project. Some 
comments by industry were not vetted with senior management, and therefore direct quotes are 
not contained in this report. A questionnaire was distributed, and responses were provided and 
included in this report. We also met with State of Alaska Department of Natural Resources 
officials and Federal BLM regulators. The companies with interviews included in this report
include the following: 

� ConocoPhillips 
� Chevron 
� Pioneer Natural Resources
� Fairweather E&P
� BP America
� Alaska Oil and Gas Association

In addition, information was obtained from the Ninth International Conference on Permafrost in 
Fairbanks in July 2008 and from the United States and Canada Northern Oil and Gas Research 
Forum October 28–30, 2008, in Anchorage.  

Study Area

The Alaska North Slope, Prudhoe Bay, Kuparuk, Milne Point, and other fields are developed 
primarily in the central Coastal Plain. New resource areas that are in the early stages of 
exploration and development are NPR-A to the west and the Foothills regions to the south and 
southwest. Additional exploration is occurring southeast of Prudhoe Bay. Access to these new 
potential resource areas and the exploration activities are dependent on the development of 
winter transportation networks and working pads. Through discussions with industry, academia, 
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Figure 3. Study area for conceptual design effort. Red (inner) circles have a 20-mile radius. Black (outer) 
circles have a 50-mile radius. The light and dark blue lines are the respective 20- and 50-mile zones along 
the Dalton Highway.

government agencies, and others, it was determined that the cost to construct ice roads for 
exploration purposes over 20 miles has hindered exploration activities. This report used the cost 
of 20 miles as a base, although there have been exceptions to this distance. An initial estimate of 
50 miles may be used if an inland platform is used to assist in the staging of equipment and in the 
construction of the transportation corridor. This extended distance is dependent on the staging of 
inland platforms resulting in shorter transportation networks (either ice or snow roads). A study 
area was agreed to in order to focus the platform evaluation effort. The research team decided to 
focus on additional potential reserves that could be reached by having a 50-mile (80.5 kilometer) 
corridor compared to a 20-mile (32.2 kilometer) corridor. The study area is illustrated in 
Figure 3. Existing access routes or points were chosen that have been or currently are used by 
industry as staging areas or mobilization points. Examples include location such as the Dalton 
Highway, Kavik Camp (east of the Dalton), or Umiat (southeast of NPR-A). From these 
mobilization points, areas are shown using the 20- and 50-mile-distance objectives. Some staging 
areas are points with runway access for year-round access, important for early staging and 
mobilization before the winter operational season. 
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Figure 4. Map of northern Alaska showing locations and 
relative sizes of NPR-A and ANWR.

Potential Reserves in Study Area

The study area covers three different assessment areas: the National Petroleum Reserve–Alaska 
(NPR-A), the Central North Slope, and the Arctic National Wildlife Refuge (ANWR). In 2002, 
the U.S. Geological Survey (USGS) performed a study of NPR-A which complements the 1998 
assessment of ANWR, 1002 Area.3 Figure 4 illustrates the relative sizes of NPR-A and ANWR. 
ANWR’s 2003 Area was evaluated for petroleum potential by the USGS in 1998. The Trans-
Alaska Pipeline System (TAPS) and the 
gather pipelines extending east and west 
of Prudhoe Bay illustrate the limited 
extent of existing petroleum 
infrastructure. Technically recoverable, 
undiscovered oil beneath the federal part 
of NPR-A likely ranges between 5.9 and 
13.2 billion barrels, with a mean 
(expected) value of 9.3 billion barrels, as 
summarized in Table 1.

Table 1. Comparison of the 1998 ANWR and 2002 NPRA USGS Assessments. Volumes are technically 
recoverable oil (mean – ME; 95% confidence limit - F95; 5% confidence limit – F05) 

 Oil, billions of barrels Size of area 
ENTIRE AREA1 F95 Me F05 (Million acres) 
ANWR 1002 Area 5.7 10.4 16.0 1.9 
NPRA 6.7 10.6 15.0 24.2 
FEDERAL AREA     
ANWR 1002 Area 4.3 7.7 11.8 1.5 
NPRA 5.9 9.3 13.2 22.5 
1 Includes Federal and Native lands and State offshore areas. 

The USGS assessed the undiscovered oil and gas resources of the central part of the Alaska 
North Slope (mainly state lands) and the adjacent offshore area. The USGS estimates that there 
are undiscovered, technically recoverable mean resources of 4.0 billion barrels of oil, 37.5 
trillion cubic feet (tcf) of natural gas, and 478 million barrels of natural gas liquids. Figure 5
illustrates the area that the USGS assessed.  

In July 2008, the USGS completed an assessment of undiscovered conventional oil and gas 
resources in all areas north of the Arctic Circle.4

3 USGS: “U.S. Geological Survey 2002 Petroleum Resource Assessment of the National Petroleum Reserve in 
Alaska (NPRA),” USGS Fact Sheet 045-02, 2002.
4 USGS: “Circum-Arctic Resource Appraisal: Estimates of Undiscovered Oil and Gas North of the Arctic Circle,” 
USGS Fact Sheet 2008-3049, 2008.

They estimated the potential of undiscovered oil 
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Figure 5. USGS central Alaska North Slope assessment area.

and gas in 33 geologic provinces. The sum of the mean estimates for each province indicated that 
90 billion barrels of oil, 1,669 tcf of natural gas, and 44 billion barrels of natural gas liquids may 
exist in the Arctic, of which approximately 84% is expected to occur in offshore areas. The 
results are summarized in Table 2. 
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Table 2. Summary of the results of the USGS resource appraisal above the Arctic Circle

The average 5%, 50%, and 95% Area of Closure and Trap Depth values for each area of interest
are given in Table 3. Each area of interest includes different types of plays, each of which has
different 5, 50, 95 probability values. Thus, for each study area of interest, the 5% values for all 
the play types in that area were averaged, as were the 50% and 95% values. This approach does 
not take into consideration the likelihood that a particular play type will occur in the area;
however, it is sufficient given the overall uncertainty of the area.  
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Table 3. Average 5, 50, and 95% area of closure and trap depth for each area of interest

Study Area Environmental and Geotechnical Information

Oil and gas activities in the Arctic require environmental and geotechnical considerations 
because of the sensitive nature of the surface tundra and underlying permafrost. The tundra 
surface grades from the fragile surface vegetation, to underlying peat layers of varying thickness, 
to mineral soils. The active layer (freezes and thaws seasonally) directly overlies continuous 
permafrost (frozen more than 2 years) that may extend down 2,000 ft, creating an impermeable 
layer of frozen earth. Since moisture cannot penetrate the permafrost, almost the entire North 
Slope is a wetland, which consists of ponds, lakes, and vegetation during the summer, but is
frozen and snow-covered the rest of the year. An overview of the permafrost, ground ice, and 
thermokarst characteristics of Alaska are given in Figure 6, Figure 7, and Figure 8, respectively. 5

5 Jorgenson, T., Yoshikawa, K., Kanevskiy, M. and Shur, Y. Institute of Northern Engineering, University of Alaska 
Fairbanks, 2008.
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Figure 7. Ground ice across Alaska.

 

Figure 8. Thermokarst landforms across 
Alaska.

Figure 6. Permafrost characteristics of Alaska.

The UAF/HARC team met at the Ninth International Conference on Permafrost (NICOP) to 
discuss the inland platform and the environmental and geotechnical characteristics associated 
with potential applications (Figure 9 and Figure 10).  
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Figure 10. Tom Williams, TerraPlatforms, 
discusses platform and ground characteristics 
with Yuri Shur, UAF.

Figure 9. Tom Williams, TerraPlatforms, greets 
Brent Sheets, U.S. Department of Energy, at 
NICOP.

The application of the inland platform may help provide protection to the sensitive tundra 
surface, as well as help extend the winter operational season. The time window for tundra travel 
has tended to decrease over time—from about 200 days in the early 1970s to 100 to 120 days 
today.6

1. Wide occurrence of ice-rich soils with massive areas of ground ice located at different
depths (large ice wedges, buried glacial ice, pingo ice cores). 

The Arctic Coastal Plain and Arctic Foothills of Alaska should be considered a
problematic area for any kind of human activity, because of extremely complicated 
environmental and geotechnical conditions. This area, located in the continuous permafrost zone, 
is characterized by the following conditions:  

2. Thin saturated active layer (usually not more than 0.5–0.6 m). 
3. High vulnerability of tundra terrain. 
4. Fast development of permafrost-related hazardous processes (thermokarsts, thermal 

erosion, slope processes).  

In the study area, Quaternary sediments contain great amounts of ground ice of different types 
(Black 1983, Carter 1988, Ferrians 1988, Jorgenson et al. 2003, Lawson 1983, Leffingwell 1919, 
Pullman et al. 2007, Sellmann and Brown 1973, Shur and Jorgenson 1998). Ground ice occurs in 
two main forms: (1) massive ground ice (large ice wedges, pingo ice cores, buried glacial ice)
and (2) porous and segregated ice, forming soil cryostructures.  

At some locations of the Arctic Foothills, the thickness of so-called syngenetic permafrost with 
huge ice wedges can reach 30–40 m. The volume of wedge ice in such sediments frequently 
exceeds 50–60%. In the Arctic Coastal Plain, sediments are also ice-rich, though the occurrence 

6 Godec, M.L. and Johnson, N.: “Quantifying Environmental Benefits of Improved Oil and Gas Exploration and 
Production Technology,” SPE 94388. Presented at the 2005 SPE/EPA/DOE Exploration and Production 
Environmental Conference, Galveston, TX, 7 – 9 March 2005.
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of ice wedges is limited to the top 3–5 m of permafrost. Surface disturbances, such as vegetation 
destruction due to construction works or vehicle movement, usually result in increasing the 
active-layer thickness. With massive ice bodies located close to the surface, active layer 
increases (greater thawing) can trigger development of thermokarsts or thermal erosion. Impacts 
of these processes on the Arctic environment and engineering designs should be closely 
considered. 

There were four main tasks associated with characterizing the geotechnical information. These 
included  

1. accumulation of basic geotechnical information; 
2. assessment of content and distribution of ground ice at the study area; 
3. delineation of areas with ice-rich permafrost; and
4. evaluation of potential permafrost-related hazards. 

Accumulation of Basic Geotechnical Information (Task 1) 

The general geotechnical information for the study area is presented in engineering-geologic 
maps of northern Alaska, compiled by the U.S. Geological Survey:  

� Carter, L.D. 1983. Engineering-geologic maps of northern Alaska, Teshakpuk 
quadrangle. U.S. Geological Survey; Open File Rep. 83-634.  

� Carter, L.D., Ferrians, O.J., and Galloway, J.P. 1986. Engineering-geologic maps of 
northern Alaska, coastal plain and foothills of the Arctic National Wildlife Refuge. U.S. 
Geological Survey; Open File Rep. 86-334. 2 sheets. 

� Carter, L.D., and Galloway, J.P. 1985. Engineering-geologic maps of northern Alaska, 
Harrison Bay Quadrangle. U.S. Geological Survey; Open File Rep. 85-256.  

� Carter, L.D., and Galloway, J.P. 1986. Engineering-geologic maps of northern Alaska, 
Umiat Quadrangle. U.S. Geological Survey; Open File Rep. 86-335.  

� Carter, L.D., and Galloway, J.P. 1988. Engineering-geologic maps of northern Alaska, 
Ikpikpuk River Quadrangle. U.S. Geological Survey; Open File Rep. 88-375.  

� Williams, J.R. 1983. Engineering-geologic maps of northern Alaska, Meade River 
Quadrangle. U.S. Geological Survey; Open File Rep. 83-294. 

� Williams, J.R. 1983, Engineering-geologic maps of northern Alaska, Wainwright 
Quadrangle. U.S. Geological Survey; Open File Rep. 83-457.

� Williams J.R., and Carter, L.D. 1984. Engineering-geologic maps of northern Alaska, 
Barrow quadrangle. U.S. Geological Survey; Open File Rep. 84-124. 2 sheets.

� Williams J.R., Yeend, W.E., Carter, L.D., and Hamilton, T.D. 1977. Preliminary surficial 
deposits map of National Petroleum Reserve-Alaska. U.S. Geological Survey; Open File 
Rep. 77-868. 2 sheets, scale 1:500,000. 
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No Name of the region Permafrost 
temperature, �C 

Thickness of 
permafrost, m Massive ground ice Permafrost-related hazards

1 Arctic Coastal Plain –7…–11 200-650 Active ice wedges, pingos Thermokarst, thermal erosion

2 “Sand Sea” –5…–8 200-350 Pingos, small active ice 
wedges

Wind erosion, thermokarst, 
thermal erosion

3 “Silt belt” –5…–8 200-550 Huge ice wedges, pingos Thermal erosion, thermokarst, 
thaw slumping

4 Arctic Foothills –5…–7 250-550 Ice wedges Thermal erosion, slope
processes, thermokarst

5 Moderately high mountains –4…–6 100-300 Buried glacial ice, small ice 
wedges Slope processes, thermal erosion

Figure 11. Schematic map of northern Alaska permafrost regions and table listing permafrost 
characteristics.

Additional information on permafrost conditions, permafrost-related hazards, and properties of 
frozen soils for the study area can be found in numerous publications (see the list of references). 

Permafrost Conditions 

Figure 11 presents a schematic map of permafrost conditions. It was compiled on the basis of our 
field studies on the Alaska North Slope and an analysis of published information cited above. 
This map was developed in order to create a base for assessment of content and distribution of 
ground ice in the study areas (task 2), delineation of areas with ice-rich permafrost (task 3), and 
evaluation of potential permafrost-related hazards (task 4).
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Figure 12. Polygonal tundra, Beaufort Sea coast.

Figure 13. Big ice wedges, Beaufort Sea coast, Point McLeod.

Region 1. The Arctic Coastal Plain (Wahrhaftig 1965) is formed by marine, glacio-marine, 
alluvial, lacustrine, and eolian (windblown) sediments of various compositions (silt, sand, clay, 
gravel). The sediments contain massive ground ice, which occurs in three main forms: (1) ice 
wedges, (2) pingo ice cores, and (3) thermokarst-cave ice. Within this area, ice wedges are the 
most common type of massive ground ice, and they can be observed nearly everywhere. 
Occurrence of ice wedges can be easily noticed due to polygonal tundra surface (Figure 12).  

Ice wedges were formed mainly
during the Holocene, and most  
are still active. The upper parts 
of ice wedges are located no 
deeper than 10–20 cm beneath 
the permafrost table (Figure 6). 
The height of an ice wedge 
usually does not exceed 4–5 m, 
while its width can reach 3–5 m. 
The average volume of ice 
wedges can be estimated to 
represent approximately 15% to 
25% of exposures at the 
Beaufort Sea coasts (Kanevskiy 
et al. 2007). However, these 
values vary between 1–2% and 
40–45% in different sections. 
The highest ice wedge volume 
can be observed in coastal bluffs 
more than 5 m high that have 
formed in glacio-marine 
deposits between Point McLeod 
and Cape Halkett (Figure 13). 
At such sites, the polygonal 
network at the surface is dense 
with 5–7 m of space between ice 
wedges. Relatively big ice 
wedges can be observed in the 
bottoms of old thaw-lake basins, 
abundant in this area. The 
lowest ice wedge volume is 
related to low accumulative 
surfaces such as coastal marshes, river deltas, and recently drained lake basins. These terrains 
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Figure 14. Cryogenic structure of coastal sediments (ice is black), sites #19 
and #20, coast of Harrison Bay near Cape Halkett. The height of coastal 
bluffs is about 2.5 m.

have large ice-wedge polygons (up to 40 m across) and narrow ice wedges, usually less than 
0.5 m wide. No wedges are found in the active eolian sand dunes.  

Soils in the Arctic Coastal 
Plain also contain a lot of 
segregated ice, forming 
soil cryostructures (Figure 
14). The surface sediments 
are characterized by a
prevalence of the 
following cryostructures: 
ataxitic (suspended); 
reticulate; layered; 
organic-matrix; porous; 
and crustal. The ice 
contents of organic and 
mineral soils are usually 
high. The volumetric ice 
content for sediments with 
ataxitic cryostructure 
sometimes reaches 80–
95%. Numerous ice lenses 
and layers up to 10–20 cm 
thick also can be observed 
in organic and mineral 
sediments. Low ice content 
of sediments is typical for 

most sands and gravels.  

As a result of thawing of ice-rich sediments, numerous thermokarst lakes have formed in this 
area. Sediments of drained-lake basins also contain a lot of ground ice, which can be reworked 
by thermokarst processes, resulting in the formation of secondary thaw lakes. 

Region 2. “Sand Sea” (Carter 1981) – the area of Arctic Coastal Plain, formed by the Late 
Pleistocene eolian sands more than 15 m thick. These sediments are relatively ice-poor. At the 
same time, the majority of more than 1,000 pingos with thick ice cores (Figure 15), distinguished 
in the Arctic Coastal Plain (Carter and Galloway 1979, Ferrians 1988), are located within this 
area. Pingo formation is connected with injection of water during the freezing of closed taliks 
(mostly in recently drained lake basins) and occurs only in the areas underlain by thick strata of 
sands. Relatively small active ice wedges are abundant in this area, especially in the bottoms of 
numerous drained-lake basins.
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Figure 15. Pingo, Prudhoe Bay area.

Figure 16. Mechanism of thaw-lake basin formation.

1 – ice-rich silts (Late Pleistocene syngenetic permafrost); 2 – lacustrine 
sediments; 3 – taberal (thawed and refrozen) sediments; 4 – peat; 5 – slope 
sediments; 6 – ice wedge (Late Pleistocene); 7 – ice wedge (Holocene); 8 – ice-
wedge cast; 9 – thaw bulb; A, B, C – stages of thaw-lake basin formation.

Region 3. “Silt Belt” 
(Carter 1988) – the area 
located along the 
boundary between the 
Arctic Coastal Plain and 
the Arctic Foothills. This 
region is characterized by 
the occurrence of thick 
sequences of ice-rich 
syngenetic permafrost. 

Syngenetically frozen 
sediments are usually 
characterized by a high 
content of silt (up to 70–
80%); buried organic-rich 
horizons; high ice content; 
occurrence of large ice 
wedges; and a specific set of 
cryostructures. The width of 
ice wedges in syngenetic 
permafrost can reach 3–5 m
and even more; wedges often 
penetrate the whole thickness 
of silt. Sediments with ice 
wedges contain a lot of 
segregated ice as well. At 
some locations of the “silt 
belt” of northern Alaska, the 
thickness of syngenetic 
permafrost with huge ice 
wedges can reach 30–40 m. 
The volume of wedge ice in 
such sediments frequently 
exceeds 50–60%. Some of 
the Late Pleistocene ice 
wedges are still active. Ice 
wedges of smaller size are 
currently developing mainly
in floodplains and thaw-lake 
basins.  
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Figure 17. Thermokarst lake, developed in the ice-rich syngenetic 
permafrost, Arctic Foothills, northern Alaska.

Figure 18. Massive ice and thermal erosion at the Beaufort Sea coast.

Sections of ice-rich Late Pleistocene syngenetic permafrost within this belt were studied by 
Livingstone et al. (1958), Williams and Yeend (1979), Lawson (1982, 1983), Carter (1988), 
Brewer et al. (1993). Cryogenic structures of similar sediments have been studied extensively in 
Interior Alaska, in the well-known CRREL permafrost tunnel in Fox, located near Fairbanks 
(Sellmann 1967, Hamilton et al. 1988, Shur et al. 2004, Bray et al. 2006, Kanevskiy et al. 2008). 
Thawing of these sediments in the study area, which started in the early Holocene, have resulted 
in formation of large thaw-lake basins up to 20–25 m deep. This process is illustrated in Figure 
16.

Region 4. The “Arctic 
Foothills” (Wahrhaftig 1965) is 
characterized by relatively thin
sediments covering bedrock. 
However, at some locations 
(such as river valleys) 
thicknesses of ice-rich 
syngenetic sediments can be 
significant. Figure 17 shows an 
active thermokarst lake that
developed in ice-rich 
syngenetic permafrost because 
of thawing ground ice (wedge 
ice, segregated ice). Holocene 
and Late Pleistocene ice 
wedges are abundant in this 
area. Thermal erosion, slope 
processes, and thermokarsting
are active here. An example of 
massive ice and thermal erosion 
is given in Figure 18.  

Region 5. Moderately high 
mountains (Wahrhaftig 1965) 
– area with exposed bedrock. 
Ice-rich sediments are 
localized mostly in gentle 
slopes and bottoms of valleys. 
During the Late Pleistocene, 
this area was glaciated, so the 
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Figure 19. Comparison of inland 
platform to gravel pad technology.

ice wedges are mostly Holocene age; usually they are relatively small. Buried glacial ice and ice-
rich glacio-lacustrine sediments also can be found in big glacial valleys (Kreig and Reger 1982, 
Brown and Kreig 1983). Such processes as solifluction, creep of frozen soils, rock glacier 
formation, and frost blister formation are active in this area. 

There are other impacts to the tundra that may not involve thermokarsting. For example, 
improper use of vehicles can result in damage to tussock tundra or other vegetation. This may 
not cause permafrost impacts, but may still produce scars that can last many years. Minimizing 
off-road travel with the use of environmental platforms could help minimize these potential 
impacts.

Limitations of Current Technology 

Oil and gas operations occasionally create surface disturbance due to construction of drilling 
sites, campsites, and airstrips; overland transport of equipment and personnel to drilling sites; 
and gravel mining. Transporting equipment and personnel can cause removal or compaction of 
tundra, which in turn can cause thawing of permafrost and thermally driven subsidence.  

Permanent roads and operational pad infrastructure construction on the Arctic Coastal Plain 
usually uses gravel and may disturb wetlands and natural drainage patterns, thereby changing 
fish and wildlife habitat. During project design and permitting processes, measures such as 
installation of culverts and drainage structures may be taken to minimize impacts. In addition, 
many areas do not have gravel available, and it must be hauled over long distances, potentially 
increasing surface disturbances, and making the project uneconomic due to the cost of gravel 
hauling.  

A comparison of the inland platform to current 
technology for drilling applications is illustrated in 
Figure 19. The drillsite (CD3) is located on the Colville 
Delta and is operated by ConocoPhillips. 

Most permanent pads on the Alaska North Slope have 
been constructed with granular material—gravel and 
sands—that are hauled in conventional dump trucks on 
gravel or ice roads. On rare occasions, low-ground-
pressure vehicles, that is, Rolligons, are use to haul the 
material (Figure 20 and Figure 21).  

Environmental stipulations restrict most summer 
construction work on the North Slope. The winter 
“construction window” must provide for ice road construction, mobilization, well drilling and 
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Figure 20. Close-up of Rolligon low-
pressure tires.

Figure 21. Rolligon during platform 
installation.  

demobilization. Drilling time is compromised by the length of time it takes to construct ice roads 
and pads, and by early mobilization and end-of-season demobilization.  

Ice Roads and Pads 

Because of the absence of permanent gravel roads and 
the reluctance by regulators and others to allow them to 
be permitted on the North Slope, ice roads or other 
environmentally acceptable roads and pads, airstrips, and 
snow roads are the current technology of choice used for 
Arctic transportation networks. These winter 
transportation networks are critical for exploration and 
development access to sensitive oil and gas exploration 
areas. Temporary ice roads minimize the need for 
permanent gravel roads. Industry has been constructing 
ice roads, pads, and airstrips to reduce potential 
environmental impacts and restoration costs. One of the 
primary challenges in maintaining arctic transportation 
networks and seasonal working pads is the availability of 
water to build and maintain networks for each winter- 
operations cycle. Unlike gravel roads, ice roads and pads 
are rebuilt each winter season. In the past 20 years, there 
have been three exceptions where ice pads have been 
kept insulated and used for a second season. There is a limit to how this approach can be 
maintained for multiple seasons. The cost for construction is approximately $60,000 to $100,000 
per mile, and when all environmental studies, permitting, and other associated costs are included, 
the per-mile cost would be significantly higher. Ice roads can constitute a significant portion of a 
project’s construction budget. It was reported that ice and snow road construction in the Foothills 
region has been significantly more expensive in the areas where the topography is more uneven. 

The cost to plan, survey, permit, etc. could make the cost per mile significantly higher. The 
number of river crossings and grade changes also increases the cost. Because of these added 
costs, permitted ice road routes are usually followed each year, even if a road to another 
exploration site is longer and more time consuming to build.  

Ice roads for exploration purposes that are longer than 25 mi have been constructed but are not 
typical. When practical or permitted, former military airstrips or ice pad staging areas have been 
used to decrease the construction distance in multi-year exploration activities. Longer roads are 
generally built by having midpoint and endpoint ice road construction camps. Staging equipment 
at these locations during summer months would help start ice road construction the following 
year at an earlier date. Generally, ice road and pad construction begins during mid to late 
December when tundra travel is first permitted. There are case-by-case exceptions where efforts 
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Figure 22. Ice road in the Alpine field 
area. 

Figure 23. Stream crossing during 
spring breakup.

are started earlier due to local conditions and additional verification information. The case-by-
case examples are difficult to plan for in the budget and logistics planning schedules. It is also 
important that ambient temperatures are cold enough for relatively fast ice road construction and 
that river and lake ice is thick enough for crossing and access for winter water use.  

Terrain is an important influence in determining ice road construction routes. Ice roads are more 
hazardous and expensive when made on steep or cross slopes. Routing tends to minimize terrain-
slope changes when possible. When building ice roads and pads, the construction process cannot 
apply cut-and-fill techniques to develop level travel surfaces. Ice road contractors can only “fill” 
in low areas or side slopes, thus increasing the amount of water needed as well as the time 
required to build the network. 

Ice road transportation networks on the North Slope
commonly involve stream and river crossings. The 
routing of ice road networks takes into account the 
location of water sources. A segment of the ice road 
network in the Alpine and northeastern NPR-A oil 
fields was visited to help evaluate potential new 
applications of inland platforms and environmental 
mats to a typical ice road network in this portion of the 
project study area. A typical ice road is shown in 
Figure 22. 

Stream crossings require greater water, ice, and snow 
volumes to build up the road surface to acceptable 
design grades, and they increase the time required to 
build each crossing. These stream crossings can take up 
the same volume of water as a typical working pad. At 
the end of the winter operations season, these ice 
bridges are slotted so they do not dam up water during 
spring snowmelt flooding. This is an important 
environmental compliance issue related to early-season 
fish passage in Arctic streams and rivers. It also helps 
reduce potential geotechnical erosion and damage to 
stream areas during snowmelt flooding. Figure 23
shows a stream crossing in the NPR-A during breakup.  

In areas such as the Kuparuk Foothills, where Chevron built ice roads in the 2007/08 winter 
season, terrain slopes and limited water supplies resulted in the combined impact of increasing 
the distances and costs to build the ice road network. The lack of early winter snow cover also 
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reduced the operational time for developing the transportation network, resulting in a decrease in 
the time available for exploration activities. 

Ice Roads –Industry interviews indicated that the construction cost is around $60,000 to 
$100,000 per mile, with an additional cost of $20,000 to $30,000 per mile for maintenance
throughout the drilling season. These costs do not take into account the environmental 
compliance, permitting, and related costs of the seasonal ice road networks. Snow roads are more 
commonly used in other arctic regions of the world. Pioneer was able to permit and use a snow 
road because of a lighter drilling rig and the ability to use temperature sensors in the road to 
assure regulators that the permafrost was covered and protected. These roads are more expensive 
(over $100,000 per mile) but are faster to construct, and in areas where there is little or no 
available water from lakes, it is a viable alternative to using Rolligons. For Pioneer, the snow 
road was more expensive but allowed them to get to the well location faster and thereby reduced 
their overall costs. In many areas of the North Slope, there are large shallow lakes, but these 
lakes are either completely frozen or close to completely frozen by the time (mid to late 
December) that ice/snow road-construction crews have access to the water sources.

Ice Pads – The typical size of an ice pad for exploration drilling is 500 ft by 500 ft and is 
typically 1 ft thick. The exploration rigs used in Alaska have typically been large and slow to 
move. The size has caused operators to construct large ice pads, and in three cases, operators 
insulated the ice pad to extend drilling to a second season, which becomes time-consuming and 
expensive. A few new rigs have been constructed that are much smaller, such as the Doyon Akita 
Arctic Fox 1,000 HP rig being used by Pioneer and FEX, a subsidiary of Talisman, and a similar 
new arctic Nabors AC modular rig being used by Anadarko and Chevron. These rigs and 
equipment are still not modular and weigh over a million pounds, although this is nearly three 
times less weight and half the footprint size as other rigs that have been used on the North Slope.
Anadarko is currently utilizing an insulated ice pad for an extended staging area to support their 
Foothills exploration operations, which is also about 500 ft by 500 ft. This staging area allowed 
them additional drilling time in 2008 and will increase access time in the next drilling season. An 
evaluation of the impact of this pad will be conducted in summer 2009.  

Exploration in many areas of NPR-A comes with added costs, where it takes up to 2 MM gallons 
of water per mile to build ice roads. Ice or snow roads over rough terrain require more “fill 
volume” to be level and meet safety and environmental compliance objectives. These roads are
expensive and time-consuming to build. The application of ice chips adds costs but can result in 
faster construction times, resulting in increased drilling and exploration time.

Assessment of Potential Applications

To identify potential applications, information was gathered through the following sources: 
� Meetings held in Anchorage, Alaska, with various industry and government personnel. 
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� Phone calls to operators and regulators who were unable to meet. 
� Developing informative web-based information, in conjunction with the Environmentally 

Friendly Drilling web site. 
� Meetings held in Houston, Texas, with various industry personnel. 
� Discussions with attendees at the Ninth International Conference on Permafrost held in 

Fairbanks, Alaska. These included academia, industry, and government personnel. 
� Discussions with Canadian regulators, researchers, and industry. 
� Meetings held in conjunction with the Interstate Oil and Gas Compact Commission 

(IOGCC) annual meeting.
� Follow-up telephone calls and other correspondence. 

Based on this information-gathering exercise, the list of potential applications for an inland 
platform includes the following: 

� Construction camps 
� River and stream crossings for seasonal ice and snow roads 
� Staging areas for construction/logistics support

� Fueling station
� Camp storage 
� Drilling equipment storage
� Spill response equipment storage 

� Drilling pads
� Long-term production pads 
� Camp for scientific work/summer field work/site cleanup work
� Heliport 

These are listed in terms of increasing complexity in Table 4.

Table 4. Potential applications of inland platform

Application Complexity Comments 
Staging area for logistical support Low No facilities for personnel or power 

requirements will keep design simple, and 
reduced installation time. 

Personnel camps (construction camps, scientific 
work camps) 

Medium Minimum facilities, power requirements. 
Short durations. 

Exploration drilling pads Medium-High Short duration – remove platform after 
drilling. Use lightweight rig. Maintain 
mounting posts (?) where future drilling is 
anticipated. 

Production drilling – Long-term production pad High Will need to ensure monitoring of 
permafrost/support interactions.  

River crossings for temporary roads High Need to investigate ice flows and 
interactions on supports. How to design 
topsides. Optional low-profile support 
sections to leave in place during summer 
season, quick reset in following years. 
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Figure 24. Length of tundra travel opening days for each winter season, 
show for year of beginning of winter season.

Temporary ice roads are currently used between camps and project areas. The ice roads are short 
roads, usually 3–14 mi, but have been built 30 to 120 mi from the Prudhoe Bay infrastructure. 
Camps may be located 50 to 70 mi from the gravel-road networks.  

In 2002, Golden Valley Electric Association used a 62 mi ice road to cross environmentally 
sensitive muskeg (sub-Arctic peat bog). State and federal permits required 12 in. of frost and 12 
in. of snow on the ground before contractors could move equipment across the terrain. Golden 
Valley obtained permits from the Alaska Department of Natural Resources to draw water for 
snowmaking from lakes and rivers earlier in the season, at an additional cost of $1.5 million to 
$2 million.7

Arctic drilling seasons are limited, with approximately 150 drilling days available in recent years
(Figure 24). First tundra access is mid to late December, and all activities are normally stopped 
by May 1. This time has to 
account for logistical 
support services that 
include mobilization and 
demobilization, which take 
about 30 days each. The 
seasonal length for an ice 
road may be greater if case-
by-case opening dates are 
worked out in specific 
areas of the North Slope. 
Addressing these case-by-
case issues can involve 
work not included in 
project budgets and is 
subject to variability in 
early winter weather. A
typical operational cycle is 
shown in Table 5. 

7 Daniels, S.: “Alaska Contractors Make Ice Road,” Engineering News – Record, Vol. 248 Issue 2, p19, 1/21/2002.
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Table 5. Winter season operational cycles

With drilling times of about 30 days, only one, and rarely two, exploration wells can be drilled 
per season per rig. Prospects 200 mi from infrastructure may be considered unfeasible due to 
overall costs, logistics, and time constraints. Drilling and testing of one well could require two 
drilling seasons using today’s technology.

Operational Phase    Cost Issues
Tundra-travel opening    Lack of opening forecast tools 
Ice/snow road construction starts  Snow/water availability
Mobilization begins    Increased costs if too early or too late 
Ice/Road opens    Weather delays, too extreme, too warm 
Operational season starts   - - 
Demobilization    If too early, lost drilling time, if too late greater risk
Ice/Snow road closedown   Slot stream/river crossings, remove staking
Tundra-travel closing    Lack of forecast tools 
Compliance monitoring, reporting  Tundra studies, lake recharge studies

8

There are a number of exploration prospects 50 to 200 mi from gravel-road networks. Many 
resource areas are more than 20 mi from staging points along gravel roads or airfields. The 
exploration phase may allow the use of airstrips to bring in crews and lightweight equipment. 
The production phase would require pipelines and other resources that would require overland 
travel. Building ice roads for these distances is neither cost-effective nor time-effective.

Completion of a typical exploration cycle may take 
three winter seasons. The exploration “cycle” can vary due to the complexity in geology and 
reservoir characteristics, successful collection and interpretation of seismic data, changing 
development of production strategies, and need for additional information.  

9

The inland platform may enable expanded drilling, completion, and testing, and may enable 
earlier production to occur. In addition, its use may reduce the risk associated with planning 

The inland platform may be environmentally preferable as part of the set of tools for developing 
field-operation pads and camp facilities. The use of the platform may solve the problem of 
limited sand and gravel materials available to build pads for facilities and camps. There are sites 
where the inland platform would be applicable, which have no suitable native materials nearby. 
Hybrid combinations of gravel pads and inland platforms could further reduce the “disturbed” 
tundra footprint of production operations and camps. 

8 Safer, R.S.: “Step Change in Remote Exploration,” SPE/IADC 105051. Presented at the 2007 SPE/IADC Drilling 
Conference, Amsterdam, The Netherlands, 20-22 February 2007.
9 Shafer, R.S.: “Step Change in Remote Exploration,” SPE/IADC 105051, presented at the SPE/IADC Drilling 
Conference, Amsterdam, The Netherlands, February 20-22, 2007.
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Figure 25. TAPS. Some TAPS 
technology may be used for the 
platform design.

operations. The main barrier envisioned with respect to the potential application of an inland 
platform is the cost. Other concerns about the platform are related to its durability and longevity.  
FEX, the Alaska subsidiary of Calgary-based Talisman Energy, supports ideas for state or 
federal staging locations in remote areas, to enable equipment to be stored close to exploration 
areas during the summer.10

Platform Conceptual Design Basis 

The inland platform appears to have several potential 
applications in the Arctic. For long-term applications, a
thermo-pile system similar to that used on the Trans-
Alaska Pipeline System (TAPS) may be applicable (Figure 
25).  

The concept of an inland platform to minimize the 
footprint and environmental impact of a drilling operation 
has been demonstrated.11

Some of the key design goals for the inland platform include the following:

The platform may be used as a 
temporary or permanent drilling and production site in 
ecologically sensitive areas. The modular platform is also 
suitable as a production platform or pipeline facility in 
areas without road access. The platform is an effective way 
of extending operating windows in ecologically fragile 
areas.  

11

Modularity: The modular sections of the platform may be fitted together in the field like a 
Lego™ toy set. The components consist of legs, lower sections shaped similar to “buckets” with 
isolated leg inserts, and deck sections that fit over the buckets. Additional pieces attach the legs 
to the buckets and footboards, and there is fencing around the perimeter. The buckets also 
provide areas for connections and emergency spill containment. This modular approach allows 
operational flexibility for staging a variety of platforms to meet changing field needs.

The standard size of the bucket is 50 ft long, 12.5 ft wide and 3.5 ft high. Beams are installed to 
help distribute weight. Two rows of buckets make the pad 100 ft wide, and the pad’s length is 
determined by the space requirements. The 13-3/8 in. diameter pilings provide a 12 ft clear space 

10 Cashman, K.: ‘The Explorers 2007: FEX Puts NPR-A Drilling on Pause,’ Petroleum News, Vol. 12, No. 46, 
November 18, 2007.
11 Kadaster, A.G., and Millheim, K.K.: “Onshore Mobile Platform: A Modular Platform for Drilling and Production 
Operations in Remote and Environmentally Sensitive Areas,” IADC/SPE 87140, presented at the IADC/SPE 
Drilling Conference, Dallas, TX, March 2-4, 2004.
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Figure 26. Mats used During Platform 
Construction.

between the tundra and the platform deck. A key lesson learned from the prototype platform is 
that all buckets should be made the same size to ensure interchangeability and to speed up the 
construction time.

Transportability: The components are sized for transport through the North America highway 
system by semi-trailer trucks and/or by helicopters. The “bucket” modules for the prototype 
platform were 12½ ft wide by 50 ft long by 3½ ft deep, weighing approximately 10,000 pounds 
each. Leg sections are made from steel with a diameter of 12–14 in. and length of 24–34 ft, 
depending on the geotechnical requirements of the site. Deck sections should be constructed to 
DOT allowances for easy transportation and modular construction requirements. The dimensions 
of the prototype platform modules proved to be adequate.  

Lightweight Construction: The modules are built of aluminum, giving a three-to-one advantage 
over weight-to-strength ratio in comparison to steel—much less expensive to transport and 
construct in the field. Decks are designed as 6 in. thick aluminum laminates filled with 
construction foam for structural strength and insulation, each weighing about 12,500 pounds. 
They can be easily transported to the site by a Rolligon before being assembled. 

Platform Legs: The legs on the prototype platform were 13-3/8 in. OD and designed to be set a 
minimum of 15 ft into the permafrost by auger or hammer, drilling the permafrost and then 
freezing the legs in place with a slurry of rock/sand and water. Each leg contains a tube to allow 
hot water or steam to be injected to allow controlled 
thawing and easy removal from the permafrost. The 
tube may be used to circulate refrigerant, similar to the 
pilings used in the above-ground permafrost regions of 
TAPS.

Interlocking Feature: The modules are designed to 
interlock where any spillage onto the platform decks 
would be routed and contained within the “bucket” 
elements of the modules for containment and proper 
recovery and disposal.  

Construction and Other Features: The platform and 
equipment installation requires the use of a crane. The 
size depends upon the rig used, but generally a 30-ton 
crane will be sufficient. During platform and equipment 
installation, the temporary mats are required as a 
staging area for crane and installation equipment 
(Figure 26). The base elevation of the prototype was
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approximately 12 ft from ground level to allow free and clear passage of native wildlife and to 
allow summer sun penetration to the tundra grass under the platform. To prevent corrosion 
issues, dissimilar metals are not allowed to be in contact with each other. 

The piling holes are augured by a drill mounted on a Rolligon, and cuttings are captured and 
used by mixing with water in the slurry along with sand to freeze when the pilings are installed. 
Depth depends on the area into which it is installed and could be from 10 to 20 ft deep. The 
pilings are installed end-to-end with some additional load-bearing pilings installed on some 
buckets mid-way. The first bucket to be installed has 4 pile slots at each corner to ensure stability 
of the bucket; the other buckets are supported by the first bucket and connected side-by-side or 
end-to-end. A crane is hauled to the wellsite by a Rolligon and assembled on a mat. The crane 
unloads the buckets and installs them on the pilings. It is then used to install the drilling rig and 
equipment onto the platform. This crane is no longer needed until the well is completed and the 
platform is reconstructed. A smaller crane is designed for installing on the platform in order to 
lift supplies and smaller equipment as needed onto the platform. It can then be used to remove 
the drilling equipment onto the Rolligon vehicles for transportation to the next drillsite.

In most cases, time is of the essence in constructing the platform so long as safety and 
environmental protection are not compromised. The prototype platform was constructed without 
the advantage of practice prior to installation; hence, as with any first-time construction, there 
were a few missteps that delayed the construction. The next generation of platform construction 
and installation will benefit from these lessons learned. It is reasonable to expect that the wellsite 
could be constructed and equipped in a 30-day time span, depending on size and distance from 
the staging area. It may be possible to pre-assemble some of the modules from a staging area 
prior to field installation in order to save construction time.  

One of the key platform features is the construction design, which is conducive to utilizing a 
modular rig, drilling equipment, pumps, logging tools, self-contained mud pits, and water and 
fuel tanks. Camp and power were transported in containers and installed to maximize space and 
ease of operation. Some of the equipment and containers were stacked vertically. This allowed 
the footprint of the platform, which was 100 ft by 100 ft to be only 10% of the size of the ice 
platforms used today, and every bit as efficient. The two-story 50-man camp was 50 ft by 50 ft
on a 62.5 ft by 60 ft platform connected to the drilling platform by a walkway. The camp size 
was more than adequate for normal exploration activities, and designed for an added scientific 
crew and visitors to the Hot Ice well location.
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Potential Rigs 
There are several new rig designs being developed that could be used with the inland platform 
for drilling operations. Two of the possibilities discussed below are the National Oil Well Varco 
(NOV) Rapid Rig and the Huisman LOC250/400 Rig. 

During the interview process, every operator stated that there is a need for new and innovative 
drilling systems. Conoco has designed and used a hybrid rig, incorporating coiled tubing drilling, 
in Canada.12

Figure 1

In areas where space is a premium, smaller and more efficient rigs and pads should 
be constructed (like many buildings) going upward. Similar to buildings, this reduces 
construction costs and provides efficient and cost-effective use of the land while reducing the 
footprint. This was the case with the Arctic Platform as shown in  and Figure 2.
Equipment and storage needs were met by utilizing stacked containers. The system included 
closed-loop fluid containment and a two-story camp. By using a smaller footprint, construction 
cost and time to install and remove/move the platform is minimized. For exploration purposes,
the platform is best suited if it can incorporate new and innovative rig designs such as the NOV 
Rapid Rig or the Huisman-Itrec LOC rigs. These rigs are lighter, fuel efficient, and easy to 
transport and assemble. Additionally, they leave a smaller footprint, require a smaller crew, and 
have built-in environmental safeguards, AC power, and safety improvements such as fully 
automated pipe handling.   

Rapid Rig 
In May 2006, NOV rolled out a smaller fully automatic land-drilling rig called the “Rapid Rig.”
This rig is a singles rig, as it has the pipe-handling capability to rapidly pickup/laydown, 
makeup/breakout drillpipe, run casing, and mobilize/demobilize in approximately 8 hours. It 
utilizes range II or III drillpipe. The Rapid Rig is deployed with a single forklift; it requires no 
cranes or gin pole trucks and is capable of moving in 16 highway-legal transport loads. The 
automated rig floor and pipe-handling systems allow operation by a three-person crew. The rig 
floor has an iron roughneck and stabbing guide, automated pipe slips, AC drawworks rated at 
1000 hp and gear-driven with a regenerative dynamic braking system, and topdrive, controlled 
from a climate-controlled driller’s cabin on the mud pit side. 

As illustrated in Figure 27, the footprint of the Rapid Rig is 153 ft by 119 ft. The rig is rated for 
approximately 11,000 ft and has a hookload rating of 500,000 pounds. The pipe-handling system 
has a weight limit of 6,000 pounds with a drillpipe capacity of 5.5 in. range III, a drill collar 
capacity of 8 in. range II, and casing capacity of up to 13-3/8 in. The rig may be transported by a
heavy-lift helicopter. Table 6 compares the Rapid Rig to a similar rig—the Ideal Rig.

12 Schafer, R.S. “Step Change in Remote Exploration.” SPE/IADC paper presented at the 2007 SPE/IADC Drilling 
Conference.  Amsterdam, The Netherlands, 20-22 February 2007.105051 
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Figure 27. Layout of Rapid Rig.
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Figure 28. Huisman Itrec Rig in south 
Texas.

Table 6: NOV Rapid and Ideal Rig typical specifications

Rapid Rig Ideal Rig
Mast Hook Load 250 tons (8 lines) 300 ton
Mast Height 80 ft (telescoping) 142 ft
Base Dimensions 7 ft x 5 ft 12 ft x 12 ft
Wind Rating 70 knot free standing 70 Knot w/ full set back

208 stands of 5.5 inch DP
8 Stands 8 inch DC

Rotary load Rating 250 tons 375 tons (w/ set back)
Drill floor height 20 ft 25 ft
Clear height under floor 17 ft 21 ft 8 inches
Drill Floor Dimensions 16 ft x 17 ft 32 ft x 32 ft
Substructure setback N/A 250 ton

Slingshot 
Drawworks Nominal Power 1000 hp 1500 hp
Braking System Regenerative Dynamic Disk 

Parking/Emergency Brakes
Disc brakes, Ideal Auto Drilling 
and Brake control System (IABC)

Top Drive 350 HP, 20,000 ft-lb
250 ton

Optional

Pipe Handling System 6,000 lb range II and III 5.5 pipe 
8 inch collars and 13-3/8 inch 
casing

Optional

Control/instrumentation SDAQ SDAQ
Mud System 620 BBLS two tanks

3-panel linear motion shale 
shaker,
Atmospheric Degasser
Two Cone Desander

620 BBLS two tanks
2 4-panel high G shale shaker, 
1000 GPM
Degasser
Desander, Desilter

Mud Pumps 2-1000 HP Triplex AC electric 
Motor Driven

2-1600 HP Triplex AC electric 
Motor Driven

Power Generation 2- 1350 BHP, 1800 RPM 1750 
KVA

3- 1350 BHP, 1800 RPM 1750 
KVA

Hydraulic Power Dual Driven System 70 GPM 
Diesel, 40 GPM Electric

Dual Driven System 70 GPM 
Diesel, 40 GPM Electric

Fuel Tanks Diesel 190 Bbl 400 Bbl cylindrical
Water Tanks 400 Bbl 400 Bbl

Huisman/Drillmar 
The Netherlands-based Huisman Special Lifting 
Equipment BV and Drillmar, Inc. of Houston, 
through a technology development joint venture, 
have developed an innovative new rig concept: the 
LOC250, Land and Offshore Containerized 250 ton 
hookload rig (Figure 28). The LOC250 is designed 
to take advantage of today's emerging casing while 
drilling (CWD) technology to reduce the costs as 
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Figure 29. Drilling depths for the LOC250.

Figure 30. Huisman Rig during rig-up.

well as the environmental impact of drilling a well. The drilling depth capability of the LOC250 
is illustrated in Figure 29.

Two of the most important features of the 
LOC250 rig are its compact size and its
ability to be broken down into 17 modules 
with the shape and the dimensions of 
standard ISO containers. Within 24 hours 
(including limited transportation time) and 
without cranes, a five-man crew with three 
trucks can demobilize the compact rig and 
rebuild it in another location. As standard 
container ships, trains, and oilfield trucks can
transport ISO containers rapidly and 
economically, the LOC250 rig can be used to 
drill wells anywhere in the world. This has 
been accomplished by designing the rig in a 
manner whereby its load-bearing components 
are in the shape of, or can be pivoted, rotated, 
or connected into, an ISO container. The 
container specifications are given in 
Appendix 2. Figure 30 illustrates the rig during rig-up. The rig may be transported by heavy-lift 
helicopter.

The LOC250 is equipped with a fully automated 
pipe handler, which enables highly efficient 
handling of both casing and DP. When the pipe 
handler has upended the tubulars, they are taken 
over by elevators in the rig. A topdrive is utilized 
to spin the tubulars in and to torque-up the 
connections. Fully automated power slips are 
integrated within the rotary table. The capability 
to trip DP at 2000 ft/hr makes the LOC250 as 
efficient as existing conventional DP drilling rigs 
and more efficient than other specially designed 
CWD rigs. The DP drilling and CWD processes 
(including pipe and casing handling) are fully 
controlled from the control room without 
personnel on the drill floor. As DP handling is 
identical to casing handling and uses the same 
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Figure 32. Huisman LOC250 well pad (platform) layout.

Figure 31. Huisman LOC250 drawing of 
operations.

equipment, the same team can carry out both tasks. While a conventional pipe-drilling rig needs 
a crew of 10, the efficiently designed LOC250 requires a crew of only 5 for full and safe 
operation. 

Statistics show that pipe and material handling 
cause almost 50% of the recorded accidents 
during well drilling. The fully automated pipe 
handling of the LOC250, with its automated drill 
floor, obviates the need for personnel on the drill 
floor, thus eliminating the potential for accidents. 
In addition, the simple rig-assembly process—
smaller loads, reduced rig-crew involvement, and 
improved overview and visibility—effectively 
mitigates risk for the crew and the potential for 
accidents and damage during rig moves. The 
operation of the LOC250 is illustrated in Figure 
31.

The LOC250 has significantly lower adverse impact on the environment when compared with 
conventional rigs. Because drilling a well with the LOC250 requires less drilling time and lower 
mud pump pressures and flow rates, two 800-hp mud pumps are sufficient, compared with three 
1000-hp pumps required for conventional DP drilling. This means 45% lower fuel consumption 
per day when drilling and a reduction in hydrocarbon emissions per well of up to 75%. Solid 
waste volumes are reduced by up to 30%, as the cascading shaker system provides drier cuttings. 
Mud and cement costs are reduced by 10 to 20%. Because the LOC250 has only a single 38-m
(125-ft) mast, its silhouette does not impact significantly on the horizon. The footprint of the 
LOC250, at 700 m2 (7,500 sq ft) is 75% smaller than the 3000 m2 (32,300 sq ft) required for a 
conventional rig. Figure 32 illustrates the layout of the LOC250 system for a well pad or 
platform.  

Fidelity Exploration and Production of 
Texas has already taken delivery of one 
LOC250. Drillmar has an interest in that 
company. Additionally, Huisman-Itrec is 
developing the engineering of the JBF 
10,000 drilling “rig of the future,” which 
is a compact, deepwater semisubmersible 
that has only 60% of the displacement of 
fifth-generation semisubs capable of 
10,000 ft of water drilling. This will be a 
fully automated drillpipe-handling 
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system designed to run 135 ft pipe stands in a box mast drilling tower, and features a zero-
discharge fluid system13 Table 7. General specifications for the Huisman LOC250 are given in . 

Table 7: Huisman LOC 250 general specifications

Weight and dimensions
Total transport weight 475 [mton] 524 [Shton]
Number of container units 17
Containers for loose gear (40Q) 4 TBD
Max. ISO dimensions
Length 12.2 [m] 40 [ft]
Width 2438 [mm] 8 [ft]
Height standard 2590 [mm] 8Q 67
Height high cube without gooseneck 2794 [mm] 9Q 27
Height high cube with gooseneck 2896 [mm] 9Q 67

Infield rig move < 30 hours

Platform Conceptual Design – Cost Basis 

A follow-on engineering study will look at the prototype design, review the Anadarko lessons-
learned document, and make improvements to the design. One of the improvements will be to 
consider alternatives to the deck material sections, speed up the installation process, adapt the 
pilings to specific areas based on geotechnical data, and make some structural improvements that 
will accommodate larger rigs and identify ways to speed up the fabrication process. The size of 
the prototype platform was only 13,750 sq ft. The likely size of a second-generation platform 
used for either exploration or staging purposes will need to be approximately 30,000 sq ft. For 
determining a cost for purposes of this report, the estimated expense was based on a platform 
that will be 100 ft by 300 ft, which utilizes twenty-four 12½ ft by 50 ft buckets.  

The cost of fabrication and total assembled can depend on a number of factors, including 
volume. The material cost for recommended 5083 and 6061 aluminum sheets is $3 per pound. 
We were able to obtain an estimate of construction time and an average for labor cost, which 
comes to $92,500 per bucket x 24 = $2,200,000. The cost of the decks is estimated at 
24 x $60,000 = $1,440,000.  

Handrails, piping, composite grated walkways, and stairs are estimated at $480,000 

The next cost is the pilings 13-3/8 x 8-5/8 adjustable steel construction, 35 ft in length. Each leg 
has tubing to circulate hot fluids or steam. The estimated cost is 60 x $23,000 each = $1,380,000. 

13 Rach, Nina M: “Drilling Market Focus: European Companies Garner Contracts for New Rigs,” Oil and Gas 
Journal Online October 17, 2005.



Concept Study: Exploration and Production in Environmentally Sensitive Arctic Areas page 33

Assuming the platform is constructed in Houston and transported to Dead Horse, the shipping 
would take 20–25 days, and the cost is approximately$1,080,000, depending on weather:

� Ship to the North Slope:  
� Truck to Seattle
� Barge to Anchorage 
� Truck to Prudhoe Bay.   

Fabrication, testing, and construction time is 4 months.  

The time/cost to install in the field will be site-specific and will need to be determined before 
there is a commercial application.

For exploration purposes, to maximize the application of the platform on a fast-track basis, one 
scenario to consider is using the rig to drill the first well exploration (well #1) on an ice pad or a 
mat. While well #1 is being drilled, the platform is installed on the well #2 location. Instead of 
demobilizing the rig after the first well is being drilled, the rig is moved to well #2 and drilled to 
the end of the drilling season. We believe this could provide an added 10 to 20 additional drilling 
days to the back end of the drilling season. When the season closes, the rig stays on this location 
and as soon as the drilling season opens, the second well is completed and tested. This could add
up to 30 days or more on the front end. While this is taking place, a second platform is 
constructed on the well #3 location so that as soon as the second well is completed, the rig is 
moved to well #3. The savings of ice roads, demobilization cost, and drilling twice as many 
wells, without rushing to meet the tundra opening and closing dates, will significantly shorten the 
time to determine if the play is commercial. In addition, some of the platform can remain on the 
well location for additional testing, and possibly can be used as a remote completion-and-
production area. Because all the buckets are the same, they are interchangeable and thus reduce 
the configuration complexity from one well location to the other. The more platforms the crew 
constructs, the shorter the time it will take. In areas of great distance from infrastructure, or 
where water required for the ice roads and pads is not nearby, the platform may be cheaper and 
faster to install. This could potentially add two months to the current drilling season in some 
areas.  

For staging area, the platform can be constructed in a central area and, in fact, could even be a 
well location central in an exploration play. The platform would be constructed to last 
throughout the exploration activity.  

With a two-platform operation, one could also envision the scenario of drill well #1 on an ice pad 
while setting up platform #1. Well #2 is then drilled on platform #1. Platform #2 is installed 
where well #3 is drilled. After well #2 is drilled, platform #1 may be moved to the well #4
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Figure 33. Construction of Durabase 
Road.

location, where the rig is over-summered. Then drilling can start early the next winter at the well 
#4 location. 

Complementary Technologies 

BP Exploration has used insulated ice pads to extend the drilling season on the Alaska North 
Slope.14 BP used pre-fabricated, insulated panels to insulate an underlying ice pad from thawing
during the Arctic summer. The survival of the ice pad through the summer made possible an 
early mobilization of the drilling rig the following October, enabling two exploration wells to be 
drilled in the same season. The use of the insulated panels increased the season available for well 
operations from around 100 days to over 150 days. 

Composite mats (see Appendix 1) that can be used to 
protect the Alaskan tundra may complement the use of an 
inland platform. Composite mat systems formulated from 
high-performance thermoplastic are engineered to provide 
safe, cost-effective surfaces for year-round all-weather 
performance. The system can conform to uneven terrain 
and is rugged, reusable, and recyclable, being formulated to 
withstand extreme weather conditions.

The composite mat system has been used to extend the 
drilling season in Canada by allowing a company to 
develop locations faster and conduct drilling operations 
during warm months when the muskeg would otherwise 
shut down operations. These temporary roads are effective 
in areas where soil conditions are unstable. Canadian 
companies have realized that the tight drilling window, as 
well as strict ecological regulations, would make it 
impossible to bring in heavy equipment needed for drilling 
and exploration without the use of mat systems. Mat 
systems may increase the ability to get into locations earlier 
and stay later.

14 Stanley, M.J. and Hazen, B.: “Insulated Ice Pad Technology Enables Extended Season Drilling on Alaska’s North 
Slope,” SPE 35686, Presented at the Western Regional Meeting, Anchorage, Alaska, May 22-24, 1996.
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For example, Forest Oil, a drilling contractor searching for natural gas in the Alaskan wilderness, 
has used composite matting for access. In search of oil, Forest Oil faced a challenge in accessing
an existing drilling pad originally established in 1969 by Gulf Oil. Forest Oil used a 4000 ft road 
made from composite mats over Alaskan tundra.  

Another example of an application of composite mats is that of City Electric, an Alaskan 
contractor that needed access to a project site for Chugach Power to keep a project on schedule
(Figure 33). Unusually warm seasonal temperatures in Girdwood, Alaska, made the building of 
an ice road to a work site impossible. Access for the contractor was critical, and the project site 
was landlocked by tidal marsh/wetlands. An environmentally friendly and safe road was 
required. The composite map system provided a rapidly deployed solid surface that allowed City 
Electric to mobilize a 100-ton crane to the work site. The technology enables the contractor to 
work in summer months while protecting the environment, providing a more productive and safe 
work situation compared to harsh winter conditions.  

Regulatory Issues 

Activities within NPR-A require federal (BLM) and state regulatory approvals. Permits require 
Environmental Impact Assessment and NEPA compliance. Operators noted the difficulty of 
dealing with various agencies and a need to have a consistent and more streamlined regulatory 
approval and oversight process. The regulatory bodies include the U.S. Department of Interior, 
Bureau of Land Management (BLM); U.S. Army Corp of Engineers; U.S. Environmental 
Protection Agency (NPDES permits); National Marine Fisheries Service; U.S Fish and Wildlife; 
State of Alaska Oil and Gas Commission; Alaska Department of Environmental Conservation; 
Alaska Department of Natural Resources (DNR), the Alaska Department of Fish and Game
Habitat Division, DNR Division of Coastal and Ocean Management, DNR Division of Mining, 
Land and Water, and DNR Division of Oil and Gas. In addition, there may be local permitting 
requirements, such as the North Slope Borough for land use and development.  

On federal lands, the BLM attaches mitigation requirements to leases and conditions drilling 
permits with environmental safeguards. The BLM actively attempts to protect wetland resources.  

The State of Alaska and two federal agencies—the Minerals Management Service (MMS) and 
the Corps of Engineers—regulate oil and gas activities that may affect Alaska’s wetlands. 

The MMS does not have the authority to regulate activities that occur on coastal wetlands; 
however, it does address secondary impacts of OCS activities (onshore effects) in its 
environmental impact statements. The MMS can formally notify lessees of responsibilities and 
procedures under other federal and state laws included in oil and gas leases (Information to 
Lessee clauses).



Concept Study: Exploration and Production in Environmentally Sensitive Arctic Areas page 36

Under Section 404 of the Clean Water Act, the Army Corps of Engineers issues permits for 
discharge of dredged or fill material into waters of the U.S., including wetlands. Section 401 of 
the Clean Water Act requires a 404 Permit applicant to obtain a certification that any discharge 
will comply with state effluent limitations and water quality standards. Section 402 addresses the 
chemical quality of U.S. waters and associated wetlands, establishes a program that requires a 
permit for most discharges into surface waters, and can require discharge limits for various 
pollutants. The Corps regulates most activities related to construction on state and private lands 
on the Arctic Coastal Plain, and it can issue permits required to construct support facilities for 
exploration on the OCS through coastal wetlands. 

Industry activities on federal lands are primarily regulated by federal land management agencies. 
The BLM manages the NPR-A, and the MMS oversees activities that occur in waters three or 
more miles off the coast. Three other federal agencies—the Department of Interior Fish and 
Wildlife Service, the Department of Commerce National Marine Fisheries Service, and the 
Environmental Protection Agency—have regulatory authority that may apply to resources 
affected by activities on federal, state, or private lands. 

The State of Alaska owns the land where most current oil and gas activity occurs and has 
primary responsibility for establishing requirements for how these lands will be restored when 
activities cease. There are two groups responsible for developing dismantlement, removal, and 
restoration requirements: the Alaska Department of Natural Resources and the Alaska Oil and 
Gas Conservation Commission. 

� Department of Natural Resources – manages state lands, including oil and gas leases. 
� Oil and Gas Conservation Commission – issues permits for drilling on state, federal, and 

private lands. Also includes removal and restoration. 

The Alaska Department of Environmental Conservation and the Alaska Department of Fish and 
Game provide additional regulatory guidance. In addition, the North Slope Borough, the area’s 
local government, can regulate activities on state, native, and municipal lands through zoning 
ordinances. Corporations own land on the North Slope and can establish environmental and 
reclamation requirements through contractual arrangements. 

In conducting this study, several companies noted that, in addition to the need for regulatory 
streamlining, attention should be given to new technologies that have been developed and 
proven, as they could enhance current regulations, some of which were developed and required 
years before these advances. New technologies include advances in spill prevention, well 
control, well-testing equipment, and zonal isolation. While not the purpose of this study, it is 
noted that these concerns should be addressed by state and federal regulators.
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Recommendations

There have been a number of studies and research to improve the understanding of oil and gas 
operations and their impact on tundra15, ice roads, fresh-water sources16

Exploration activity is relatively shallow throughout the Alaska North Slope, with wells being 
drilled 5,000 to 11,000 ft TVD, but even at these relatively shallow depths, they are expensive to 
drill. The limited drilling season cost depends upon proximity to infrastructure. Comments from 
industry noted the high cost of exploring in the Arctic, which frequently exceeds the cost of 
deepwater Gulf of Mexico wells (SP/IADC 10501), and it was stated that a range of 100 to 500 
MMB field is the minimum economic commercial limit. Companies make long-term 
commitments to explore, permit, drill, test, and delineate wells before a commercial discovery is 
declared and production infrastructure and pipelines are permitted and installed. In many cases, it
could take 5 to 9 years from discovery to production. As illustrated in 

, and wildlife and their
movements. These studies have improved land management practices and use, while improving 
environmental performance. Improvements have been made in developing more efficient rigs, 
horizontal and extended-reach drilling, smaller drilling pads, seismic acquisition on monitoring, 
and drilling and completion fluids. However, there have not been any “step-changing” advances 
in exploration (drilling) that the majority of participants in this study acknowledged a need for 
seeing. This report has identified applications for advances to improve access, faster and more 
efficient drilling and well testing, and development of a new drilling system that would include a 
modular platform. Additionally, new platform applications are possible for such uses as river 
crossings, for example, but additional design engineering is required.  

A number of barriers were identified outside the scope of this project. It was consistently 
reported that logistics is the number-one cost and constraint to exploration and production on the 
North Slope, followed by mobilization and demobilization costs.  

Figure 34, Figure 35, and 
Figure 36, the use of a platform may improve the logistical support related to drilling operations. 

The platform coupled with a more efficient rig and related engines and equipment than is 
currently used for exploration in Alaska is ideally suited for exploration activities and could 
significantly speed up the exploration process in potential fields away from infrastructure. What 
is clear from our findings is that the cost to drill and produce is high, making many discoveries 

15 Guyer, Scott/Bureau of Land Management, Alaska State Office, Anchorage Alaska: Ice Road Construction and 
Recovery on Tundra Ecosystems, National Petroleum Reserve, Alaska (NPR-A) presented at the United States 
and Canada Northern Oil and Gas Research Forum: Current Status and Future Directions in the Beaufort 
Sea, North Slope and Mackenzie Delta, October 28 to 30, 2008 Anchorage, Alaska.

16 Daniel White, Institute of Northern Engineering, University of Alaska Fairbanks and Michael Lilly, GW 
Scientific; Fairbanks, Alaska: Characterization and Water Use of Alaskan North Slope Lakes presented at the
United States and Canada Northern Oil and Gas Research Forum: Current Status and Future Directions in 
the Beaufort Sea, North Slope and Mackenzie Delta, October 28 to 30, 2008 Anchorage, Alaska.
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Figure 34. Hop-scotch concept - two platforms set up on 
locations.

Figure 35. Rig and accessories move to Platform A / 
Platform B.

Figure 36. Rig moves to Platform B / Platform A moves 
to Well 3 /Modules left on Well #1. 

not commercially viable. The life cycle cost of building a gravel pad, adding production 
facilities, access cost to the production site, and ultimate reclamation must be considered when 
determining the commercial value of a 
discovery. There are a number of marginal 
fields of 50 to 75 million BOE that cannot 
be commercially produced by 
conventional means. In these cases, a
platform may be a possible alternative. 

The use of an inland platform is an 
enabling technology in the Arctic. A field, 
or multiple fields, may be developed and 
linked together, similar to the way that 
subsea fields are linked back to 
centralized offshore locations. This could 
result in a step-change in how to develop 
Arctic reserves, in particular, marginal or 
stranded reserves.

Because only a limited number of lakes 
are allowed to be used for taking water to 
build ice roads, haul distance can be a 
significant cost also. If ice roads are not 
used, operators rent Rolligons or 
alternative vehicles, which are expensive 
to rent and in short supply. On ice roads 
and in limited off-road travel, mat tracks 
(alternatives to Rolligons) are used. Bad 
weather, whiteouts, and high winds, make 
air lifting problematic. It was reported that 
Nabors is working on helicopter/air- 
transportable rigs for arctic exploration.

The cost of dealing with regulatory issues 
was discussed in the interview process. It 
was recommended that the multi-agency 
regulatory bodies streamline the process, 
and reduce redundancy and duplicative 
regulations. It was consistently pointed 
out that the DEC regulations on the oil 
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spill contingency plan, which require an additional rig plan to intervene in case of a blowout,
neither reflect nor take advantage of today’s technology related to pore-pressure predictions and 
detection, and well control. There also were consistent comments related to scheduled and 
required BOP testing requirements. It was suggested that there be an exchange of ideas and 
processes with other regulatory agencies, including international arctic environment regulatory 
bodies.  

Companies operating or planning to operate in NPR-A noted and complemented BLM’s offer to 
provide a staging area located near old military  airstrips or near other legacy platforms. A gravel 
road crossing NPR-A would provide the single greatest assistance to exploration logistics. It was 
also recommended that cuttings disposal was a significant cost, and that a disposal well near one 
of the NPR-A staging areas would be a major help, reducing long hauls of cuttings to Dead 
Horse. Environmentally benign cuttings could also be used for permanent pads and roads in 
areas where gravel is scarce.   

There were some concerns expressed by regulators and environmental reviewers of this study 
about the use of extended insulated ice pads; they believed that the platform offered a more 
environmentally acceptable alternative. They also expressed support for the platform used as a 
production facility. The platform could be used as a smaller production facility.  

Rig improvements are an area that was consistently mentioned. When discussing the platform in 
conjunction with new rigs, it was pointed out that this was not just a step change to the way 
business was conducted. Industry has been reluctant to accept paradigm shifts in the drilling and 
production process, even when it makes sense.  

The inland platform is a technology that may mitigate environmental risks associated with 
activities in environmentally sensitive areas. Several potential applications could be pursued. As
a next step, a detailed engineering study could be performed to develop a design for a site-
specific staging area that could be used for logistical support. This would enable various 
engineering and scientific data to be obtained that could be used in applications that are more 
complex. 
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Appendix 1 – Composite Mats 
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Appendix 2 – LOC250/400 Transportation Containers 
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