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Disclaimer 
 
Disclaimer:  "This report was prepared as an account of work sponsored by an agency of the 
United States Government.  Neither the United States Government nor any agency thereof, nor 
any of their employees, makes any warranty, express or implied, or assumes any legal liability or 
responsibility for the accuracy, completeness, or usefulness of any information, apparatus, 
product, or process disclosed, or represents that its use would not infringe privately owned rights.  
Reference herein to any specific commercial product, process, or service by trade name, 
trademark, manufacturer, or otherwise does not necessarily constitute or imply its endorsement, 
recommendation, or favoring by the United States Government or any agency thereof.  The 
views and opinions of authors expressed herein do not necessarily state or reflect those of the 
United States Government or any agency thereof." 
 
 
This work performed under the auspices of the Department of Energy by Missouri University of 
Science and Technology under Award Number DE-FE0001132. 
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SUMMARY 
CO2 sequestration into porous and permeable brine filled aquifers is seen as one of the 

most likely near-term solutions for reducing greenhouse gases. Safely storing injected CO2, 
which is less dense than water, requires trapping the CO2 under an impermeable rock which 
would act as a seal. One of the concerns with CO2 sequestration is the generation of new 
fractures or reactivation of existing fractures and faults caused by CO2 injection into the sealing 
formation. Mitigation strategies must be developed to remediate potentially leaking faults or 
fractures. This project evaluated potential storage scenarios in the state of Missouri and 
developed coupled reservoir and geomechanic simulations to identify storage potential and 
leakage risks. Further, several injectable materials used to seal discontinuities were evaluated 
under subsurface conditions. The four sealant materials investigated were paraffin wax, silica 
based gel, polymer based gel, and micro-cement, which all significantly reduced the fracture 
permeability. However, the micro-cement was the most effective sealing agent and the only 
sealant able to withstand the large differential pressure caused by CO2 or brine injection and 
create a strong seal to prevent further fracturing.  
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EXECUTIVE SUMMARY 
CO2 sequestration into porous and permeable brine filled aquifers is seen as one of the 

most likely near-term solutions for reducing greenhouse gases. Safely storing injected CO2, 
which is less dense than water, requires trapping the CO2 under an impermeable rock which 
would act as a seal. One of the concerns with CO2 sequestration is the generation of new 
fractures or reactivation of existing fractures and faults caused by CO2 injection into the sealing 
formation. Mitigation strategies must be developed to remediate potentially leaking faults or 
fractures. This project evaluated potential storage scenarios in the state of Missouri and 
developed coupled reservoir and geomechanic simulations to identify storage potential and 
leakage risks. Further, the ability to seal discontinuities by injecting them with sealing materials 
was evaluated. Achieving this goal required identifying appropriate sealing materials that can be 
injected into leaking formations. The sealant must also stay in place over a long period of time; 
therefore, the long-term stability of sealing materials exposed to CO2 was explored.  

 
A Shared Earth Model, including geological petrophysical and geomechanical properties, 

was developed to investigate the potential of injecting CO2 into the Lamotte Sandstone. One of 
the main findings was that brine withdrawal during injection greatly increased storage potential 
and reduced leakage risk. A pinch-out model of the northeastern part of the state identified a 
promising formation for prolonged CO2 sequestration in the Lamotte formation. Producing brine 
from the reservoir (water withdrawal) while injecting CO2 benefits sequestration in shallow 
saline aquifers by improving both storage capacity and injectivity. Generally, a certain degree of 
heterogeneity is desirable because it constrains the CO2 plume front and prevents CO2 from 
rising rapidly resulting in increased CO2 dissolution. The effects of porosity and relative 
permeability on CO2 sequestration were negligible when water was withdrawn simultaneously 
with CO2 injection. If water is not removed, the reservoir pressure would increase and existing 
fractures would be reactivated or new fractures may be formed. However, these fractures would 
be formed first in the reservoir and increase the injectivity and storage capacity before 
reactivating existing fractures or forming new fractures in cap rock. 

 
A coupled fluid flow and geomechanical simulation approach was developed with a fully 

automated coupled geomechanical reservoir simulator (CGRS) that links a fluid flow simulator 
to a geomechanical analysis software. The coupling module treated permeability as a non-linear 
function of stress and was capable of detecting plastic deformation. Once fractures were initiated 
or reactivated, CGRS updated hydraulic permeability in the failed regions and, by placing a 
virtual well at the location of the failed elements, was able to calculate the associated fracture 
outflow. For CO2 sequestration studies, this feature proves significant as it provides the amount 
of CO2 flowing into the overburden aquifer system once failure completely penetrates the cap 
rock.  

 
Sealing materials were investigated, under subsurface conditions, to determine their 

ability to effectively seal CO2 injection-induced fractures and mitigate leakage. The four sealant 
materials investigated were paraffin wax, silica based gel, polymer based gel, and micro-cement, 
which all significantly reduced the fracture permeability. However, the micro-cement was the 
most effective sealing agent and the only sealant able to withstand the large differential pressure 
caused by CO2 or brine injection pressure and create a strong seal to prevent further fracturing. 
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When inspecting the fracture surfaces, both the gels and the wax filled fractures had wormholes 
which made them less effective as sealing agents. Based on the experiments conducted, gels 
cannot withstand large pressure differentials in a fracture, and therefore, micro-cement is 
recommended for sealing fractures with larger widths. The micro-cement tested in this study was 
not CO2 resistant and therefore should be investigated further in future studies. 
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1. BACKGROUND AND OVERVIEW OF CO2 LEAKAGE 
 

Injecting carbon dioxide into porous and permeable formations in the subsurface such as 
deep saline aquifers, depleted oil and gas fields, and unminable coal seams has been identified as 
the near future solution to reduce CO2 emissions from stationary sources like coal fired power 
plants (IPCC, 2005). CO2 injected into saline aquifers can be trapped through a combination of 
one or more chemical and physical processes including residual gas, structural, stratigraphic, 
solubility and mineral trapping mechanisms (Holtz, 2002; Bachu et al., 2008; Koide et al., 1992). 
One such mechanism is to trap CO2 as an immobile phase in the aquifer as a result of the 
wettability and capillary effects. Residual gas trapping is also a safe mechanism and most 
effective when the immobile gas is away from the cap rock. This is because CO2 trapped in pore 
spaces from which water was displaced (with or without brine withdrawal) will remain locked in 
place (pore space) as a result of capillary effect and cannot be displaced by imbibition of any 
fluid. In order for the injected CO2 to initially displace the brine in the pore space, an injection 
pressure higher than the prevailing pore pressure would be required. This increases the pore 
pressure after the CO2 is injected and the brine displaced, thereby increasing the risk of CO2 
leakage through the cap rock. Depending on reservoir temperature and pressure, CO2 can be in 
gaseous, super critical or liquid phase. The density of CO2 is less dense than the formation fluids 
and tends to migrate upward due to buoyancy unless it is captured by a sealing cap rock or a trap 
which itself occurs in a complex geological setting and hence creates a complex geometrical 
model. A porous and permeable reservoir with a sealing formation above that forms a CO2 trap 
must be identified to successfully inject and store CO2, 

Monitoring and modeling sequestration projects must reach a high degree of accuracy to 
ensure the public safety as well as obtain carbon credits in a future cap and trade system. The 
objective is to reach 99% accuracy in a monitoring and verification program (DOE, 2009). 
Improved coupled numerical models and further options for mitigation and remediation 
technologies for potentially leaking CO2 are needed to better predict the long-term impact of 
injected CO2 in the subsurface and quantify potential leakage rates. The main leakage risk of 
CO2 through a thick, low permeability cap rock has been identified along existing wells or 
through faults and fractures. Leakage through wells has recently received much attention (Celia 
2005, Watson and Bacchu 2008, Min et al., 2011; Liteanu et al., 2011; Kutchko et al., 2007, 
Barlet-Gouedard et al., 2006). However, sealing of faults and fractures has not received the same 
attention. Michael et al. 2009 identified the need to develop mitigation and remediation 
technologies for potentially leaking CO2. NETL/DOE (2009) concluded that the mitigation of 
leakage through preexisting faults and fractures “will be chosen depending on measured and/or 
anticipated rates of leakage. It can include, but is not limited to decreasing formation pressure 
and treating the fractures with cement”.   

Geological storage of CO2 can present several hazards if leakage occurs such as ground 
water contamination (Bachu et al, 2008).  Another potential threat would be if CO2 were to reach 
the surface where the gas would be dangerous to living organisms coming into contact with it.  
These health concerns make it even more crucial to carefully plan geological storage locations 
and have the technology to remediate any leaks as quickly as possible. 
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1.1. Leakage Pathways 
CO2 sequestration into porous and permeable brine-filled aquifers is seen as one of the 

most likely near-term solutions for reducing greenhouse gases. The injected CO2, which is less 
dense than water, must be trapped under an impermeable rock which acts as a seal to safely store 
the CO2,. One of the concerns with CO2 sequestration is the generation of new fractures or 
reactivation of existing fractures and faults caused by an increase in pore pressure as CO2 is 
injected into the sealing formation. Once the rock undergoes a shear failure and fractures are 
initiated, their remediation becomes of primary interest. Generally speaking, leakage of 
geologically stored CO2 can occur in several different ways (Figure 1). The four main leakage 
pathways are: (1) through matrix (e.g. high permeability zones), (2) through pathways (e.g. 
faults, fractures), (3) through geomechanics (e.g. hydraulic fractures, earthquakes) and (4) 
through wellbores. The main leakage risk of CO2 through thick, low permeabilty cap rock has 
been identified along existing wells or through faults and fractures.   

 

 
Figure 1.  Possible CO2 leakage mechanisms in reservoirs. 
 

CO2 leakage along fractures most likely occurs from the additional stress placed on the 
fractures by the injection of CO2. This type of leakage can be the most problematic to identify 
and remediate due to the difficulty in determining where the cap rock has the highest stress and 
is therefore most likely to fail first. The best way to avoid the challenging task of locating this 
area is to create an accurate Earth Model of the cap rock section.  If a leak is detected, an Earth 
Model will allow operators to more easily identify possible areas of failure.   

Additionally, an important part of any successful injection project is to avoid any leakage 
along the wellbore with a well-executed cement placement in the wellbore annulus. Even with an 
initially sufficient primary cement sheet, the cement integrity may change over the life of the 
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well. One area of active investigation is the impact of chemical instability on Portland cement in 
CO2 injection wells when the cement reacts with CO2 (Shen et al 1989; Bachu et al 2008) 
(Kutchko et al, 2007; Barlet-Gouedard et al, 2006). The Portland cement reacts with CO2 by 
increasing cement porosity when a large volume of CO2 is present under specific temperature 
conditions over time (Kutchko et al, 2007; Barlet-Gouedard et al, 2006). Another long-term 
effect of CO2 injection is the injection itself can impose several stresses on well casings, casing 
and cement boundaries, and formations. Changes in thermal stress caused by cooling or heating 
may damage the integrity of the wellbore and most likely the cement. Cement failure would 
create new leakage pathways for gas to flow. In addition, the cost of performing work-over 
operations to inject new cement or replace failed casings is prohibitive.  

The wellbore can mechanically fail in different modes. Tensile stresses at the casing-
cement interface and the cement-rock interface may cause de-bonding and opening of fluid 
pathways at the interface (Figure 2). Tensile stress inside the cement or rock can cause tensile 
fracturing if the stress reaches a level that impacts the tensile strength of the material. The tensile 
strength of steel is so high that tensile failure is unlikely to occur in the casing. Shear stress 
inside the cement or rock can cause shear fractures to form which can destroy the integrity of the 
wellbore and act as leakage pathways. 

 

 

 

 

 

 

 

 

 

 

 

 

 

Primary leakage pathways 

1. Incomplete annular cementing job, doesn’t 
reach seal layer 

2. Lack of cement plug or permanent packer 
3. Failure of the casing by burst or collapse 
4. Poor bonding caused by mudcake 
5. Channeling in the cement 
6. Primary permeability in cement sheath or 

cement plug 

 Secondary leakage pathways 

7.    De-bonding due to tensile stress on casing-
cement formation boundaries 

8.    Fractures in cement and formation 
9. Chemical dissolution and carbonation of 

cement 
10.   Wear or corrosion of the casing 

 

 

Figure 2 Wellbore leakage pathways induced by 
CO2 injection loads 
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1.2. Study Objective 
A three year project to investigate leakage mitigation was conducted by Missouri 

University of Science and Technology in partnership with City Utilities of Springfield (Missouri) 
and funded by the Department of Energy under contract number DE-FE0001132. The objectives 
of the project titled “Geomechanical simulation of CO2 leakage and cap rock remediation” were 
to investigate CO2 injection into the Missouri subsurface, study possible cap rock leakage of 
injected CO2, develop a simulation to identify leakage and produce materials and methods for 
mitigating leakage through the cap rock. The approach developed in this project is applicable to 
other types of CO2 injection sites including deep saline aquifers. 
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2. GEOLOGICAL DESCRIPTION 
 

This chapter investigates the development of a Shared Earth Model of geological 
formations in Southwest Missouri where the Lamotte Sandstone has been identified as a 
potential storage unit. The overall objective of this study was to adequately and accurately assess 
the CO2 storage capacity, injectivity potential and confining ability (i.e. leakage risk) of the 
shallow saline aquifer through the use of a static geological model characterizing the St. Francois 
aquifer in the Springfield region. Reaching this objective requires a methodology  be established 
for developing a consistent Shared Earth Model.  Subsequently, the Shared Earth Model must be 
developed for the primary repositories, traps and/or sealing mechanisms identified. The Shared 
Earth Model must include sufficient geological information representing the stratigraphy, facies 
and an estimation of the critical petrophysical properties such as porosity and permeability 
populated across the model.   

The Shared Earth Model, consisting of geologic, petrophysical and geomechanical data 
representative of the reservoir and its surrounding formations, is necessary to assess the CO2 
capacity and injectivity of the Lamotte formation. This model integrates the sparse and variable 
data in an efficient, consistent manner to represent the complex heterogeneous system. The 
ultimate objective of the Shared Earth Model is to represent, as accurately as possible, the 
geometry and fluid/flow properties of the region on a scale suitable for subsequent simulation of 
large-scale fluid injection. Since petrophysical and geomechanical data is not available at all 
locations of the reservoir, geostatics is used to estimate the reservoir properties in all other 
regions required thereby providing a more accurate reflection of the entire reservoir. 

2.1.Target Horizon 
Throughout most of Missouri, the Lamotte Sandstone is the first formation of the 

Cambrian period and directly overlays the Precambrian granite. The sandstone is capped by the 
Bonneterre Dolomite and the shale rich Davis formation that are expected to provide barriers to 
upward migration of fluids (Figure 3). The formation is layered on uneven and eroded igneous 
rock floor that results in a wide variation in the thickness of the sandstone. The formation 
outcrops in northeast St. Francois and western Ste. Genevieve and Madison counties.  Based on 
well logs, the greatest thickness recorded was 400ft at Pacific with the lowest being 150ft near 
Flat River providing an average thickness of about 250ft found in Ste. Genevieve County. The 
Lamotte formation extends across Missouri and has equivalent formations in eastern Kansas, 
northern to southern Wisconsin, South Dakota and Minnesota. 
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Figure 3.  Stratigraphy of Cambrian Lamotte and overlying formations 
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Figure 4.  Central stable region and Ozark Uplift (Snyder and Gerdemann 1968).  The red box indicates the 
target region for the data wellbore site 

2.2.Geology of Study Area  
The Springfield site is located in the southwest district on the northeast margin of the 

Ozark Uplift. This occupies a position near the southern edge of the central stable region of the 
North American Craton  (Figure 4).  

The sedimentary sequence of the Springfield site region overlays a Precambrian 
granite/rhyolite basement and encompasses sediment from the Cretaceous and pre-Cretaceous 
time periods composed of Cambrian, Ordovician and Silurian units. The deposition of these units 
occurred as a result of shallow marine transgressions where the bulk of the sediment was derived 
from the Precambrian sedimentary rocks of the Great Lakes area and deposited in the shallow 
marine environment around the ancestral St. Francois Mountains (Wallace 1938; Ojakangas 
1963). The St. Francois Mountains are known as the apex of the Ozark Uplift, and the 
sedimentary formations dip gently away from the mountains unless locally affected by folding 
and/or faulting. The Paleozoic sequence overlying the Precambrian rocks is expected to consist 
of granitic, felsitic and basic igneous rocks followed by the St. Francois aquifer that comprises 
the sandstone and conglomerate Lamotte formation in addition to the dolomite, limestone, and 
sandstone Bonneterre formation. The sealing unit aquitard of the Derby-Doerun and Davis 
formations consist mostly of shale and dolomite. The aquifer represented by the Lamotte 
Sandstone, in which CO2 will be injected, occurs at depths of approximately 550-700m. 
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2.3.Detailed Stratigraphy Analysis 
The sedimentary succession in the Springfield quadrangle is underlain by Precambrian 

basement. The thickness of the sedimentary strata over the Precambrian ranges from 340m in the 
northwest to 700m in the southwest, close to the sequestration site. Figure 5 shows the structure 
contour map of the Precambrian basement relative to sea level. It is composed mostly of 
metamorphic rocks (Kisvarsanyi 1975). Igneous rocks, primarily rhyolites intruded by granites 
and diabases, have also been identified in the Precambrian formation (Snyder and Gerdemann 
1968). Three regional, northwest trending tectonic zones cross the region. These are the 
Chesapeake, Bolivar-Mansfield, and Central Missouri tectonic zones from southwest to 
northeast.  The tectonic zones are inferred to form the boundaries of alternating northwest horsts 
and grabens. Moderate relief is observed on the Precambrian and paleo surfaces and range from 
deeply eroding to gently undulating in nature. Normal faults are found to be predominant in this 
region with their orientations generally parallel to the direction of the tectonic zones. The 
Precambrian formation outcrops at the St. Francois Mountains as a result of erosional uplift. The 
entire Cambrian section in Missouri is a complex of vast facies with varied lithic units making 
statewide correlation of Cambrian units difficult (Howe et al.  1972). 

 

 
Figure 5.  Structure contour map of the Precambrian basement (Kisvarsanyi 1985) 

 

Precambrian. Due to the St. François Mountain Precambrian Uplift, the Cambrian 
formation dips away from the St. Francois Mountains and can be identified in the subsurface 
nearly everywhere except where a facies change has occurred or in the event of a rare 
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overlapping by younger formations. The total thickness of the Cambrian strata was initially 
reported to be approximately 610 m (2000 ft) (Hayes and Knight 1961), though thicker strata 
have been identified in the Bootheel area at 731-793 m (2400-2600ft) and reported as a trough or 
basin (Grohskopf 1955). Major faulting is represented by the northward trending Ste. Genevieve 
fault system and its associated faults and farther southeast by the New Madrid zone that is still 
active with frequently reported tremors (Thacker and Anderson 1977). The Ste. Genevieve, 
Simms Mountain, and Palmer fault systems and the Black and Greenville faults bracket the 
exposed Precambrian core of the St. Francois Mountains. Recent mapping in south and south 
central Missouri indicates a pattern of intense northeast and northwest trending faults, joints and 
fractures coupled with extreme solution activity and regions with thick, highly silicified residual 
chert (Thacker and Anderson 1977). The Upper Cambrian (Croixian) series is divided into six 
formations listed from the bottom as the Lamotte Sandstone, Bonneterre formation, Davis 
formation, Derby-Doerun Dolomite (Elvin’s Group), Potosi Dolomite and Eminence Dolomite 
(Figure 6). The Lamotte Sandstone and Bonneterre Dolomite formations make up the St. 
Francois Aquifer while the Elvin’s Group makes up the St. Francois Confining unit (Figure 7). 
Above these units are the Ozark Aquifer, Ozark confining unit, Springfield plateau aquifer and 
western interior confining system which are not significant to this study and, as such, will not be 
explored in detail. 

 

 
Figure 6.  Traverse of subsurface Cambrian strata from SE Missouri to NW Illinois (Modified after Howe et 
al. 1972) 
 

Lamotte Formation. The Lamotte formation is the oldest Cambrian formation known in 
the state of Missouri. It rests unconformably on the underlying Precambrian strata and exhibits 
irregular thickness. The Lamotte formation was deposited in shallow, quiet marine cycles 
occurring during the period when most of North America was very near the earth’s equator. A 
hypothetical cross section (Figure 8) shows the deposition profile of the Lamotte Sandstone as 
studied across the St. Francois Mountains outcrops (Houseknecht and Etheridge 1978). The 
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formation crops out in northeast St. Francois and western Ste. Genevieve and Madison counties. 
Based on well logs, the greatest thickness recorded is 400ft at Pacific with the lowest being 150ft 
near Flat River providing an average thickness of about 250ft found in Ste. Genevieve County. 
The Lamotte formation extends across Missouri, eastern Kansas, northern to southern Wisconsin, 
South Dakota and Minnesota.  

                                                
Figure 7.  Composite stratigraphic column of strata (Modified after Houseknecht and Ethridge 1978)           

 
Figure 8.  Hypothetical west to east cross-section through St. Francois Mountains at close of Lamotte 
deposition.  Lines L1, L2 and L3 represent successive levels of Lamotte alluvial plain as it is buried on the 
flanks and lower portions of the mountains. A, B, C, and D represent depositional settings of (A) feldspathic 
and lithic detritus interbedded with quartozose detritus in braided fluvial deposits, (B) feldspathic and lithic 
alluvial fan and braided fluvial deposits overlain by quartozose braided fluvial deposits, (C) feldspathic and 
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lithic alluvial fan and braided fluvial deposits and (D) quartzose alluvial plain deposits with locally derived 
detritus near the base of the section. Horizontal distance depicted is 80km and vertical relief is 500m 
(Houseknecht et al. 1978) 

The basal Lamotte in the Springfield region consits of arkosic sandstone and/or 
conglomerate while the outcrop area consists of minor feldspathic quartzose and glauconitic and 
dolomitic sandstones. The sandstone is well-bedded, coarse- to fine-grained, yellow, gray or 
brown in color, and very friable to lightly cementitious. The sand grains are moderately well 
rounded to sub-angular.  Shale and conglomerate lenses occur as wavy partings at the top, while 
red, hematitic shale sometimes occurs as thin beds in the middle or lower portions and 
transitional greenish dolomite beds are common near the top (Thacker and Anderson 1977). 

The depositional system of the Lamotte formation appears to be transgressive, upwardly 
finning sandstone with up to six different lithofacies (Ojakangas 1963). Portions of the Lamotte 
may potentially be partly fluvial and Aeolian (Howe et al. 1972). The boundary between the 
Lamotte and the overlying Bonneterre formation is usually characterized as the region where the 
lithology changes from slightly dolomitic sandstone to a sandy dolomite. The predominant 
components at the transition zone are mostly dolomite, quartz sand grains, shale and sparse 
glauconitic (Thacker and Anderson 1977) which are 18m (60ft) thick near the center of the St. 
Francois Mountains (James 1951), but only 6 inches thick 30 miles northwest (Cullision and 
Ellison 1944). Initial characterization of the Lamotte Sandstone (Boongird et al. 2006) identified 
six facies of varying porosity and permeability and indicated feasibility for CO2 injection 
pending further evaluation. Whole core and thin section analysis were utilized to determine the 
porosity of the Lamotte formation. Gas storage capacity estimates indicated that the potential 
original gas in place (OGIP) for zone 3 would be in the region of 21MMscf/acre-ft (Boongird et 
al. 2006).  It is important to note that this assumed no brine or fluids exist in the formation which 
is not the case. The documented facies in the Lamotte Sandstone indicate the possibility of 
favorable permeability and porosity necessary for viable CO2 storage formation. 

Bonneterre Formation. Immediately above the Lamotte Sandstone lies the Bonneterre 
formation. The Bonneterre formation is a complex unit with three layers (lower, middle and 
upper) of strata and constitutes the main lead resource in the state of Missouri. The Bonneterre 
formation depositional environment is fore reef, reef complex, back reef and shelf facies (Lyle 
1977). The reef systems have been developed by sea level fluctuations and distribution of 
Precambrian knobs and ridges in a shallow Cambrian sea. The upper Cambrian sediments record 
a nearly continuous transgression on an eastern-sloping shelf which occurred during the late 
middle and early Upper Cambrian period due to the incursion of the Lamotte sea over the 
Precambrian surface (Ojakangas 1963). 

The isopach map of the Bonneterre formation indicates a gradual thickening from the 
Springfield southwest region to the southeastern edge of the Precambrian highland (Figure 9) 
(Larson 1977). 

The lower layer of the Bonneterre indicates seaward growth of carbonate stromatolitic 
barrier reef facies and back reef facies over the subsiding shallow marine carbonate fore reef 
facies during the Dresbachian transgression. The upper layer indicates the transgression of the 
sea in the form of bar and shallow shelf carbonate, siltstones and shales or offshore shelf facies 
over the retreating reef and back facies (Figure 10).  
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Figure 9.  Isopach map showing gradual thickening from Springfield southwest region to southeastern edge of 
Precambrian highland (Larson 1977) 
 

 
Figure 10.  Bonneterre facies as determined by depositional sequence (Lyle 1977) 

 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
28 
 

Only the lower part of the offshore facies of the Bonneterre is completely dolomitized 
(Gregg 1985). Detailed facies and petrography conducted by Lyle (1977) identified the major 
characteristics of the four facies as follows: 

1. Fore reef facies – subdivided into normal and blue ray tuff bed. The normal consist of 
laminated and greenish to bluish gray argillaceous lime mudstone, lime wacke-stones, 
packstones and grainstones, all interbedded, and include allochems such as ooids, 
echinoderm fragments, algae balls, trilobite fragments, digital stromatolites and 
intraclasts. The blue gray tuff bed occurs sparingly and is believed to have originated 
from the Bee Fork Volcanic structure (Gerdemann and Myers 1972). It intersects the 
thick basal sandy zone in the eastern region and may also be found in the Springfield 
region (Lyle 1977). 

2. Reef Complex facies – subdivided into the algae reef and the associated reef sands. This 
facies occurs in the thickest part of the basal sandy zone over Precambrian knobs and was 
formed as a North-South trending barrier. Contact with the fore reef is gradational 
including sharp contact with the offshore shelf and grading from coarse-grained reef 
detritus to oolitic grainstone. Reef sands are brown to pale yellow-brown, well sorted and 
locally cross-bedded oolitic and skeletal grainstones. They mark the greatest westward 
extent of the reef complex and may also be predominant in the Springfield region (Lyle 
1977).  

3. Back reef facies – subdivided into burrowed muds and planar stromatolites. Burrowed 
muds are light gray to grayish-yellow, argillaceous, pelleted lime wackestone while the 
planar stromatolites consist of two types – one composed of very light gray boundstone 
and another composed of black argillaceous silt and shale (Lyle 1977). 

4. Offshore shelf facies – consist of subunits of normal shelf carbonates, green shale, green 
Sullivan Siltstone and a bar sand subunit located above and seaward of the reef complex. 
These grade into the overlying green shales of the Davis formation. Bar sands are 
dominant in the facies, coarse grained and light bluish-gray to yellowish-brown 
grainstones interbedded with dark gray, silty, laminated, lime mudstone and wackestone 
layers. Normal shelf carbonates consist of grainstones interbeddded with mudstones and 
packstones. The olive-green shale is irregularly interbedded with a coarse-grained, light 
gray, trilobitic grainstone. It is similar in lithology to the Davis formation and is thus 
named ‘False Davis’ (Lyle 1977) (Figure 10). The Bonneterre formation may be 
permeable and should constitute a sub-injection section for possible storage of CO2. 

Elvin’s Group Formations. The term Elvin’s refers to the strata between the Bonneterre 
formation and the Potosi Dolomite formation. Kurtz (1975) postulated a northwest to southeast 
transport direction of clastic materials during Elvin’s deposition with the St Francois Mountains 
serving as a barrier resulting in deposition of essentially clastic free carbonates on the 
southeastern side of the mountains. The Elvin’s group is divided into the Davis and Derby-
Doerun Dolomite formations. These formations will likely form the seal/cap rock due to their 
limited porosity and permeability and are thus expected to hold CO2 in place after injection.   

Davis. The Davis formation is distinguishable from the units above and below it by its 
high shale content. The contact with the underlying Bonneterre formation is believed to be 
unconformable. The Bonneterre consists of interbedded green shales, sandy and silty limestones 
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and calcareous siltstones/dolomite. Flat pebble conglomerates exist in the formation, and fine 
grains of glauconite occur throughout. A greater amount of clastic materials and glauconitic 
occur in the lower portion. The conformable contact with the Derby–Doerun formation is not 
clearly defined but tends to occur where the green Davis shale is replaced by brown Derby-
Doerun shale and intertwining of the Davis and Derby-Doerun lithologies occur (Thacker and 
Anderson 1977). 

 
Derby-Doerun. The Derby-Doerun formation is divided into two distinct lithological 

units. Lower Derby-Doerun consists of thin, irregularly bedded, and fine to medium crystalline 
argillaceous dolomite. Wavy, brown shale and thin beds are predominant. This unit is silty and 
contains glauconite grains with massive amounts of clastic material.  The upper Derby-Doerun is 
massively bedded, fine to medium crystalline, burrowed and contains argillaceous dolomite. The 
formation is sometimes calcernitic with beds of oolites and stromatolites present. The contact 
between the lower and upper Derby-Doerun is marked by a sharp decrease in clastic material 
such as shale and silt-sized quartz grains. The contact between the Derby-Doerun and the Potosi 
Dolomite is poorly defined and likely gradational (Thacker and Anderson 1977). 
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3. SHARED EARTH MODEL  
Characterization of subsurface formations is traditionally conducted using a linear 

approach with each core discipline (geologist, petrophysist, reservoir engineer) involved in 
completing defined tasks in isolation to develop a model. This approach is inefficient since the 
scales and accuracy required for the various disciplines are highly varied. In contrast, the Shared 
Earth Model is an integrated approach to reservoir characterization wherein all disciplines work 
directly on the same data set with a common agreed view of the reservoir. Close linkages 
between the ‘static’ and ‘dynamic’ components of the model are incorporated permitting a 
greater degree of synergy between each discipline at any time during the development of the 
model (Nieto et al. 2004). Characterizing a reservoir with the Shared Earth Model approach thus 
allows for greater flexibility in model development as sensitivities can be investigated on an 
extended scale prompting a broader understanding of the reservoir. 

A Shared Earth Model consisting of geologic, petrophysical and geomechanical data, 
representative of the reservoir and its surrounding formations, was necessary to assess the CO2 
capacity and injectivity of the Lamotte formation. This model integrates the sparse and variable 
data in an efficient, consistent manner to represent the complex heterogeneous system.  The 
ultimate objective of the Shared Earth Model is to represent, as accurately as possible, the 
geometry and fluid/flow properties of the region on a scale suitable for subsequent simulation of 
large-scale fluid injection. Since petrophysical and geomechanical data is not available at all 
locations of the reservoir, geostatics was used to estimate the reservoir properties in all other 
regions required thereby providing a more accurate reflection of the entire reservoir. The Shared 
Earth Model was created with commercially available software in a metric coordinate system 
based on the UTM coordinates classification of the World geodetic system 1984, Zone 15N 
which covers the target reservoir location in the Greene County, Missouri region. 

The Shared Earth Model was developed with the following workflow (Figure 11): 

1. Input data collation, verification and conversion to relevant formats 
2. Determination and application of suitable boundary conditions based on regional geology 
3. Creation of surfaces based on well tops data, contour maps and core correlation and 

constraining to boundaries 
4. Construction of the 3D corner point depositional grid – building the geostatistical 

skeleton consistent with the boundary conditions suitable to adequately model the area of 
interest 

5. Insertion and definition of horizon types and interconnectivity between stratigraphic 
layers 

6. Definition of regional zones and layering consistent with geology and scale 
7. Determination and population of  petrophysical properties of the model region 
8. Upscale and validation of the model with subsequent export for re-meshing and 

simulations 
It must be noted that in the development of the Shared Earth Model, significant interaction 

was required between the various steps that are individually reiterated for either validation or 
quality improvement.   
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Figure 11.  Shared Earth Model methodology 
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3.1. Shared Earth Development 
Data from various sources must be integrated to generate the base Shared Earth Model 

and identify and properly segregate the various surfaces in the formation. The data sources used 
to build the earth model include: 

• Data from 192 water wells drilled in Greene County where Springfield is located  
• Prior petrographic studies previously conducted on the Lamotte Sandstone 
• Core analysis and lithological descriptions of fourteen NS-3 core samples extracted from 

Dade county, west of Greene County, in the Springfield quadrangle 
• Core analysis from tests conducted on injection site well samples 
• Wireline geophysical log from the exploratory well drilled in actual site location 
• Processed and raw geophysical seismic data 
• Digitized contour maps representing the deeper formations not reached by the water wells 

 

The distribution of the relatively varied and sparse data presents an enormous challenge 
for proper characterization of the subsurface region. Data sources applied during the 
development of the model are detailed as follows: 

Wells. Water wells were drilled in the Springfield site region during the late 1800’s and 
early 1900’s.  Of the 192 water wells drilled, only 4 were identified as penetrating through the 
Lamotte Sandstone and none were found as deep as the Precambrian basement.  However, these 
wells provided adequate data to understand the formations above and were used to properly 
represent the Burlington, Grand Falls, Reeds Spring, Pierson, North View, Compton, Cotter, 
Jefferson City, Roubidoux, Upper Gasconade, Lower Gasconade, Gutter, Eminence, and Potosi 
formations. Original water well logs were mapped based on the township range format but were 
converted to more recent coordinate systems to extract the UTM X, UTM Y, location elevation 
(KB) and total drilled depth information for model input. Exploratory wells (Figure 12) were 
drilled in the anticipated injection site and provided invaluable data to assist with depth 
verification and correlation of the surfaces to ensure accuracy. A spreadsheet was generated after 
collating the extensive well data that outlined the well tops for each formation layer intersected 
by the defined water wells. These spreadsheets were then modified to an ASCII format 
acceptable for the Shared Earth Model software. A comprehensive well manager ASCII format 
file was generated which included position and depth data of all wells analyzed. An alternate 
format well tops ASCII file was developed from this which matched each well with the 
respective well tops intersected by the well. 

 Digitized Contour Maps. To represent the lower formations of Derby-Doerun, Lamotte 
and the Precambrian basement, the following contour maps retrieved from the databases of the 
Missouri Department of Natural resources, division of geology and land survey, were digitized 
using a commercial software package (GOLDEN SOFTWARE 2010): 

i. OFM-82-98-GI – Structure contour map on top of the Precambrian Basement in the 
Springfield 2o Quadrangle, Missouri. Kisvarsanyi, 1985. 

ii. OFM-81-9-GI – Isopachous map of the combined Derby-Doerun Dolomites, Davis 
formations and Franconia and Ironton-Galeville sandstone in Missouri. Bohm 1981.  
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iii. OFM-81-9-GI – Structural map of Missouri contoured on the top of the basal Cambrian 
clastic units (Lamotte, Regan, and Mt. Simon sandstones).Bohm, R. A and Anderson, K. 
H.1981.  

The process of converting these maps into their representative surfaces included: 

• Identifying original projection setting of the contour map 
• Importing contour map into digitizing software Didger 
• Calibrating the contour map using defined coordinate points and referenced to the 

original projection coordinates of the map – Latitude/ Longitude and Lambert conformal 
projection in the contour maps were selected 

• Converting the coordinate system to Shared Earth Model coordinate system and 
projection of WGS 84 and UTM X/Y using the software conversion 

• Validating the conversion using a known position on the map 
• Digitizing each contour line on the map as a separate layer 
• Eliminating original map and exporting digitized contour lines in *.DAT format 
• Importing Grid data file into ‘surfer’ software and applying appropriate gridding method 

based on density of data to generate surface data 
• Exporting grid data generated and modifying data file to Shared Earth Model ASCII 

format 
• Validating surface map created by 3D image visualization in both ‘surfer’ software and 

‘Shared Earth Model’ software 
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Figure 12.  Exploratory well drilled at the investigated site 
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Nearest neighbor resample and affine polynomial warp methods were implemented in the 
digitizing software during the calibration and projection conversion process. Generating grids 
necessary for the surfaces required utilizing Kriging variograms which geostatisticaly estimate 
the surface at locations where no well data was available (Houlding 1994). The process was 
replicated to generate the surface topography of the lower layers of the Derby-Doerun, 
Bonneterre, Lamotte and Precambrian formations. Figure 13 shows a condensed illustration of 
the process involved in converting a contour map to a digital format suitable for a Shared Earth 
Model. 

3.1.1. Shared Earth Model Boundary Determination 

Model boundaries created to allow for target reservoir modeling were established using 
the following criteria: 

• Maximization of available data from previous analysis, logging and wells in target or 
near target region 

• Influence of tectonic zones around the target reservoir which may increase the possibility 
of zone isolation 

• Predominance and orientation of faults within the target region and surrounding areas to 
ensure that subsequent geomechanical models are properly aligned to the state of stress in 
the region 

• Adequate coverage of the Springfield site location 
• Expected pressure plume size based on annual CO2 injection volumes 
 

Based on these criteria, the boundary selected for our model was located within the 
Springfield area of Greene County and bordered by a basement fault and the Chesapeake tectonic 
zone in the southwest, the Bolivar Mansfield tectonic zone in the upper northeast, the end of 
Greene County in the southeast and another basement fault at the upper northwest. Constraining 
the model within the surrounding major faults and tectonic zones allows for an initial major fault 
free zone evaluation to be conducted. 
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Step 1: Contour map imported into software Step 2: Contours digitized based on 
layers 

  

                     

Step 4: 3D Image of surface          Step 3:  Digitized contours exported  into 
gridder 

 

 

Step 5: 3D Image imported into Shared Earth Model 

Figure 13.  Condensed illustration of surface generation via digitization of contour maps  
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No significant plate movement or earthquakes have been documented in the region of 
interest, and the site falls into the central stable region (Snyder and Gerdemann 1968). Figure 14 
shows the model boundaries as determined which were generated to constrain the model (Figure 
15) being developed. The region within the boundaries comprises 464,715 acres. 

The contour map was calibrated and converted to the model projection coordinates, to 
represent the model boundaries on the Shared Earth Model, using a process similar to that 
utilized for the prior surfaces developed and described earlier. The boundaries based on the 
determined criteria were then digitized as a polygon and exported to the model. These were then 
applied as the model boundaries used to define the region where containment of the proposed 
injection was expected. Figure 16 shows the range of wells included in the model boundary 
selected. 

3.1.2. Creating Surfaces Based on Well Tops Data, Contour Maps and Core Correlation 

The formation well tops and attributes were input to create formation top surfaces in the 
Shared Earth Model. Grid increments in the X and Y directions of 500m by 500m were used as 
spacing to determine the shape of the resulting grids. The convergent gridder, a control-point 
oriented algorithm (Petrel®, 2010) was implemented. Each iteration of convergent interpolation 
was broken into three (3) separate sequential steps: 

• Refine – The grid resolution was improved 
• Snap – Recalculated data was grid (or regrid) into the model 
• Smooth – The grid curvature was minimized using a constrained, biharmonic operator 

(Petrel®, 2010) 
 

This algorithm built the model in stages by progressing from an initial coarse state of the 
data to finer and finer grids until the selected grid increment was reached. 
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Figure 14.  Boundary condition selected for model development (Kisvarsanyi 1985) 
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Figure 15.  Boundary condition implemented in the Shared Earth Model showing wells in region (arrow 
indicates north) 
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Figure 16.  Cross section of wells within the study area (arrow indicates north) 
 

Figure 17 shows the convergent interpolation process where the bottom surface is the 
initial iteration which is fitted to the data points. Four (4) iterations were performed to build this 
model, each at a different grid interval. The interval of each iteration is shown as the grid lattice 
graphic for all but the last (final) iteration. Starting with an initial coarse grid, a factor resolution 
change of 2 was applied between progressions. Between the last and second to last iterations, an 
exact factor was applied to achieve the final grid resolution. Figure 18 shows initial sample 
surfaces generated in the Shared Earth Model developed. This algorithm was used as the 
iterative converging process making it data driven and requiring minimal parameter control thus 
ensuring accuracy of the final Shared Earth Model. The surfaces were then edited by removal of 
spikes or other attributes created by the extremities in the algorithm calculation and not 
representative of a typical sedimentary depositional surface.  
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Figure 17.  Convergent gridder process 

   
Figure 18.  Surfaces created using algorithm 

 

3.1.3. Construction of the 3D Corner Point Depositional Grid 

Based on the Mechanical Earth Model, well data and examination of the core from the 
exploratory well surfaces consistent with the boundary condition selected were constructed in 
the model. All overburden surfaces were created based on the water well data.  Accurate 
placement of the lower Derby-Doerun, Davis, Bonneterre, Lamotte and Precambrian layers was 
ensured by depth-shifting the surfaces to match the confirmed depths identified in the specific 
layers of the core recovered from the exploratory well. This ensured that both the topography 
determined by digitizing the contour maps and the vertical depths were accurate especially at 
the exploratory well location. An additional base was added 100ft (30.5 m) below the 
Precambrian top to serve as a base for the model. Figure 19 shows the layout of the surfaces 
generated during this process.  
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Figure 19.  Surfaces generated in boundary conditions and depth corrected 
 

A 3D grid skeleton framework from which the rest of the model is based was then 
created using the top layer and the bottom layer (Figure 20). 
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Figure 20.  3D grid skeleton created using base and top of model 

 

3.1.4. Inserting and Defining Horizon Types and Interconnectivity between Stratigraphic 
Layers 

In this process, the different stratigraphic layers and the connectivity between them were 
defined. The surface data was utilized as input to create horizons. The topmost layer was 
characterized as an erosional layer indicating that all truncations would occur below the layer 
where the horizon meets an adjoining layer. Layers below the topmost layer up to the 
Precambrian base were designated as conformable allowing for these layers to be truncated by 
erosional, base and discontinuous horizons. The Precambrian basement layer is a base layer that 
allows for all other layers above it to be overlapping. Smoothing iterations were then applied to 
ensure the created horizons were smooth. The convergent gridder algorithm was used to 
construct the horizons which were then inspected for smoothness and rough edges then edited to 
reduce computational complexities. 

3.1.5.  Defining Regional Zones and Layering Consistent with Geology and Scale 

Zones based on the stratigraphy were built using the ‘make zones’ process along the 
vertical thickness of the layers. Each successive zone was built from the base horizon. 
Convergent gridder algorithms were used to conform the well tops. Single layers were then 
inserted into all layers except for the Lamotte Sandstone reservoir formation. This layer was 
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subdivided into layers of 10m cell thickness across the entire zone to ensure greater accuracy in 
the final simulation model. Other layers were represented by a single proportional zone. Figure 
21 and Figure 22 show the Lamotte Sandstone zone before and after the layering process. 

 

 
Figure 21.  Lamotte Sandstone before layering process 
 

 

 

Figure 22.  Lamotte Sandstone after layering process 

3.2.Evaluation and Population of Petrophysical/ Geo-mechanical Properties within the 
Model 

Development of a Shared Earth Model requires integration of petrophysical and 
geomechanical properties representing the different lithologies. The majority of the 
petrophysical data were derived from wireline logs run in the exploratory well and, more 
importantly, correlated with information acquired from the cores retrieved. Also important in 
the characterization was data previously derived from similar lithologies in other locations.  
Geomechanical properties were determined primarily from well-known correlations mostly 
derived as a function of the sonic logs. This dynamic data was then linked to static data 
ascertained through core testing of rock samples in the laboratory. Insight into these processes is 
described further below.  

3.2.1. Petrophysical Characterization 

Based on a single well drilled into the target formation, numerous logs were taken and 
petrophysical and geological features of the reservoir and surrounding lithologies were 
identified. A 1D Mechanical Earth Model was created using the rock mechanical algorithm 
(RMA) software developed by Chevron Corporation. Natural gamma ray logs scaled in counts 
per second (cps) were converted to API units. The clean sand line was discovered to exist at 10 
API units, and the all shale line at 150 units. Lithofacies analysis of the region was conducted in 
two phases based on the material composition in the formations. These were supported by the 
following assumptions: 
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1.  The Derby-Doerun and Davis formations are composed primarily of shale and dolomite 
and modeled as a single unit. 

2. The Bonneterre and Lamotte formations, composed primarily of sandstone and shale, 
were modeled as another single unit.  

3. The Precambrian is made of basaltic/granitic hard-core rocks indicating extremely high 
readings of gamma ray API Units. The elevated readings resulted from the high 
concentrations of potassium present in the igneous rock. 

  Formation Top Identification. Analysis of core samples and correlation with logs 
enabled the identification of the formation tops. Deviations in gamma ray log readings were the 
primary source of log interpretations. The SP log reading was also incorporated where 
ambiguity was present in the determination of the tops. Significant value was attached to 
identifying the core sample tops which were ultimately used to validate the software model. The 
Lamotte formation and the Precambrian formation tops were interpreted based on the gamma 
ray log readings, as the core reading did not show as high a correlation as the Derby-Doerun, 
Davis and Bonneterre formations.  

 
  Lithology Fraction Determination. It was assumed, for the lithology model, that the 

Derby-Doerun and Davis formations are comprised of only shale and dolomite which are the 
most predominant facies. The lithology model of the Bonneterre and Lamotte formations 
assumed that shale and sandstone are the only facies present since they are the most prevalent. 
The volume of shale was determined by the Steiber equation (Asquith G. B., et al. 2004). 

 

𝑉𝑠ℎ = 𝐼𝐺𝑅
3−2∗𝐼𝐺𝑅

……….………………………………..……………………………...………… (1) 

Where   

Vsh = volume of shale 

IGR = Gamma ray log reading at corresponding depth 

The lithology fraction was determined from the results; eq. 2 was applied for the Derby-
Doerun and Davis formation models while eq. 3 was applied for the Bonneterre and Lamotte 
formations. 

𝑉𝑠ℎ𝑎𝑙𝑒 + 𝑉𝑑𝑜𝑙𝑜𝑚𝑖𝑡𝑒 = 1.....…………………………………………....…..……………………..(2) 

 

𝑉𝑠ℎ𝑎𝑙𝑒 + 𝑉𝑠𝑎𝑛𝑑𝑠𝑡𝑜𝑛𝑒 = 1…………….………….…………..…………………...……………....(3) 

Null values in the log dataset were assumed to mean zero on non-shale lithologies while 
null values in shale lithologies were propagated to other traces. The lithology traces generated 
based on the combined Derby-Doerun/Davis formations and the reservoir unit consisting of 
Bonneterre - Lamotte formations were then normalized and plotted as shown in Figure 23 and 
Figure 24. A geostatistical analysis was conducted based on the data generated from the 1D 
MEM model. 
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 Statistical analysis of the data acquired from the MEM show the variation in the 
different rock types within the grouped formations. 

 

 
Figure 23.  Derby-Doerun and Davis formations normalized lithology plot  
 

 
Figure 24.  Bonneterre and Lamotte formations normalized lithology plot  
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Figure 25 shows the matrix plots summarizing the fractions of sand, dolomite and shale 
present in the Derby-Doerun/Davis formations. Though sand is present in trace proportions in 
the formations, the majority is composed of dolomite and shale and therefore modeled as such. 
The scatterplot for the dolomite fraction shows a high concentration of dolomite present from 
440m to 460m. Dolomite fractions start to decrease at depths of 460m, reduce to zero at depths 
of 480m and vary widely to depths of 520m. The shale fractions indicate an inverse of the 
scatterplot variation observed in the dolomite scatterplot. Figure 26 displays mean values of 
0.66 dolomite across the Derby-Doerun/Davis formations and 0.34 of shale in the Derby-
Doerun/Davis formations. A statistical summary of the lithological fractions in the Derby-
Doerun/Davis formations indicates the lower and upper 95% confidence interval values of the 
median dolomite present are 0.75 and 0.78 respectively (Figure 27) and 0.21 and 0.24 for shale 
(Figure 28). 

 

 
Figure 25.  Matrix plot showing lithology fractions of the Derby-Doerun and Davis formations 
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Figure 26.  Lithology fraction histogram of the Derby-Doerun and Davis formations 
 

 

 
Figure 27.  Statistical variation of dolomite fractions in Derby-Doerun and Davis formations 
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Figure 28.  Statistical variation of shale fractions in Derby-Doerun and Davis formations 
 

A combination of the scatter plots for all rock types in the Bonneterre/Lamotte 
formation is shown in Figure 29. The scatter plot for the dolomitic fraction shows that dolomite 
is not present in Bonneterre/Lamotte formations, consistent with the modeling assumptions.  
The scatterplot for the sand fraction shows a high concentration of sand present from 530m to 
560m and from 600m to 650m. Sand fractions decrease with depths of 560m-600m and vary 
widely within this range. The shale fractions indicate an inverse of the scatterplot variation 
observed in the sandstone scatterplot. Figure 30 displays mean values of 0.8 sand and 0.2 shale 
across the Bonneterre/Lamotte formations. A statistical summary of the lithological fractions in 
the Bonneterre/Lamotte formations indicates the lower and upper 95% confidence interval 
values of median sandstone present are 0.92 and 0.93 respectively (Figure 31) and 0.07 and 0.08 
for shale (Figure 32). 
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Figure 29.  Matrix plot showing lithology fractions in Bonneterre and Lamotte formations 
 

 

 
Figure 30.  Lithology fraction histogram of Bonneterre and Lamotte formations 
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Figure 31.  Statistical variation of sand fraction in Bonneterre and Lamotte formations 
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Figure 32.  Statistical variation of shale fraction in Bonneterre and Lamotte formations 
 

Total and Effective Porosity Evaluation. The amount of available storage space for 
the injected CO2 is directly related to the porosity of the formation. This makes porosity a 
critical petrophysical property when evaluating CO2 storage volume. Porosity evaluations were 
conducted based on data from three separate analyses:  

1. Porosity estimations from density logs  
2. Statistical analysis of prior porosity core measurements conducted by Boongrid et al. 

(2006) on the Lamotte Sandstone at various sites in the region 
3. Statistical analysis of recent tests conducted on cores from the exploratory well at the 

drill site. 
Based on the first approach, the long spaced density log represents the bulk density 

(RHOB) of the formation. Density of the fluid in the formation was calculated with the 
assumption that no hydrocarbon fluids were present in the region or only present in gaseous 
form. Standard values for water density and compressibility were incorporated in the model. 
The matrix density at every depth of the formation was calculated as a function of the ratio of 
lithology components for shale and dolomite at the corresponding depth with matrix densities 
for Dolomite being 2.877g/cm3. Density porosity was calculated using equation 4. 

 

∅𝐷 = 𝜌𝑚𝑎−𝜌𝑏
𝜌𝑚𝑎−𝜌𝑓𝑙

….………………………………………………..…………………..…………. (4) 
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∅D = total density porosity at corresponding depth 

𝜌𝑚𝑎 = matrix density based on compositional fraction 

𝜌𝑏 = bulk density of formation 

𝜌𝑓𝑙 = fluid density 

The effective porosity was calculated as a function of the total porosity. The volume of 
shale present and the appropriate software determined threshold value. The Arco-mud rock 
equation (Castanga 1985) and Vshale fraction threshold value of 0.9 was used to calculate the 
effective porosity. Figure 33 shows the scatterplot of total porosity and  

Figure 34 shows the scatterplot of effective porosity in the Derby-Doerun/Davis 
formations. The total porosity plots indicate a narrow variation in values with a mean of 11% 
and a standard deviation of 0.018 (Figure 35), while the effective porosity plots indicate a wider 
range of values with a mean of 7% and a standard deviation of 0.043 ( 

Figure 36). A histogram of the total and effective porosity (Figure 37) in the formations 
illustrates the variation in the lithology compositions. The Derby-Doerun/Davis cap rock 
formations exhibited a total porosity of 11.2%-11.4% with a 95% mean confidence interval; 
however, the low effective porosity mean confidence interval of 7.3%-7.7% indicated a lower 
potential for storage.  

Figure 38 shows the scatterplot of the total porosity and Figure 39 shows the scatterplot 
of the effective porosity in the Bonneterre/ Lamotte formations. The total porosity plot 
demonstrates a narrow variation in values with a mean of 11% and standard deviation of 0.014 ( 

Figure 40). The effective porosity plots indicate a wider range of values with a mean of 
9% and standard deviation of 0.036 (Figure 41). A histogram of the total and effective porosity ( 

Figure 42) in the formations illustrates the variation in lithology compositions. The 
Bonneterre/Lamotte storage formations exhibited a total porosity of 11%-11.1% with 95% mean 
confidence interval; however a higher effective porosity mean confidence interval of 8.4%-8.7% 
indicated a higher potential for storage. A statistical analysis was performed on the porosity of 
the cores measured by Boongrid et al. (2006) and Miller (2011) to compare the modeling 
results. Analysis results of the Boongrid et al. (2006) tests shown in Figure 43 indicated a mean 
porosity of 7.6% in the Lamotte formation while tests conducted by Miller (2011) resulted in a 
mean porosity value of 9% (Figure 44). 
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Figure 33.  Total porosity evaluation of Derby-Doerun and Davis formations (DEPT is depth in meters; 
PHIT is porosity as fraction units) 
 

 
 
Figure 34.  Effective porosity evaluation of Derby-Doerun and Davis formations (DEPT is depth in meters; 
PHIT is porosity in fraction units) 
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Figure 35 .  Total porosity (fraction units) statistical variation in the Derby-Doerun and Davis formations 

 
 
Figure 36.  Effective porosity (fraction units) statistical variation in the Derby-Doerun and Davis formations 
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Figure 37.  Histogram showing statistical variation of total and effective porosity (fraction units) in the 
Derby-Doerun and Davis formations 
 

 
 
Figure 38.  Total porosity evaluation in the Bonneterre and Lamotte formations (DEPT is depth in meters; 
PHIT is porosity as fraction units) 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
57 
 

 

 
Figure 39.  Effective porosity evaluation of the Bonneterre and Lamotte formations (DEPT is depth in 
meters; PHIT is porosity as fraction units) 
 

 
 
Figure 40.  Total porosity (fraction units) statistical variation in Bonneterre and Lamotte formations 
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Figure 41.  Effective porosity (fraction units) statistical variation in Bonneterre and Lamotte formations 
 

 
 
Figure 42.  Histogram showing statistical variation of total and effective porosity (fraction units) in 
Bonneterre and Lamotte formations 
 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
59 
 

 
Figure 43.  Statistical estimation of porosity (fraction units) from Boongrid et al. 2006 core tests 
 

 
Figure 44.  Statistical estimation of porosity (% units) from Miller (2011) core tests 
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Permeability determination. Core samples were acquired from the exploratory well in 
the region and tested to estimate the permeability of the rocks in the formation. It is important to 
note that the values acquired relate to air flow through the core. These will be different where 
the majority of fluid flow may be in a gas or mixed state during CO2 injection with densities 
greater than air. In addition, it is important to note that only vertical permeability, not horizontal 
permeability, was measured on the site-specific rocks. Due to the settling and compaction 
process over millions of years, the elongated side of deposited grains is aligned horizontally 

(Satter et al. 2008) usually resulting in the magnitude of vertical permeability being greater than 
horizontal permeability. However, considering the shallow nature of our target formation, 
reduced compaction was likely to result in fairly similar values in horizontal permeability. 
Statistical analysis was conducted on the Kv and Kh tests performed by Boongrid et al. (2006) 
on the Lamotte Sandstone to develop permeability values for the reservoir. kv, kh and kv/kh 
ratio variations based on these sample results are displayed in Figure 45, Figure 46 and Figure 
47. 

Vertical permeability and porosity results from site-specific core testing conducted by 
Miller (2011) indicated that the Bonneterre and Lamotte formations exhibited high permeability 
ranging from 100md to 900md with 9% to 17% porosities (Figure 48 and Figure 49). The 
Derby-Doerun and Davis formations displayed permeability lower than 0.02md with porosities 
less than 6% (Figure 50 and Figure 51). These results inferred that the Derby-Doerun and Davis 
formations exhibited petrophysical properties consistent with cap rocks while the Bonneterre 
and Lamotte formations exhibited petrophysical properties consistent with reservoir rocks 
making them suitable for CO2 injection. It should be noted that basement rock with significant 
igneous material content was presumed to have very low permeability and/or porosity and was 
not evaluated. 
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Figure 45.  Statistical estimation of vertical permeability (md) from Boongrid et al. 2006 core tests 
 

 
 
Figure 46.  Statistical estimation of horizontal permeability (md) from Boongrid et al. 2006 core tests 
 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
62 
 

 
Figure 47.  Statistical estimation of kv/kh ratio from Boongrid et al. 2006 and Miller (2011) core tests 
 

 
 
Figure 48.  Bonneterre and Lamotte formations porosity (%) vs. Permeability (md) plot (Data from Miller. 
(2011)) 
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Figure 49.  Bonneterre and Lamotte formations permeability residual plot (Data from Miller (2011)) 
 

 
Figure 50.  Derby-Doerun/Davis Porosity (%) vs. Permeability (md) plot (Data from Miller (2011)) 
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Figure 51.  Derby-Doerun/Davis residual plot (Data from Miller. (2011)) 

 

Critical to successful CO2 storage, the Derby-Doerun/Davis formation core tests 
indicated zero to minimal permeability, with the exception of a few outliers, signifying a high 
potential for restriction and therefore an effective sealing formation for CO2.  

3.2.2. Geomechanical Characterization     

 Safe storage of CO2 in the subsurface is dependent upon minimizing critical fluid 
pressure and stress in the formation. A geomechanical characterization was conducted to 
determine stress levels and fluid pressure in the proposed injection region. Increasing pore fluid 
pressure in the formation could induce failure resulting in CO2 leakage through the sealing cap 
rock formation. Additionally the stress orientation and magnitude constraining the rocks need to 
be defined as they contribute to the stability of the formation. Data generated from the 
geomechanical characterization was used for subsequent geomechanical simulation to examine 
the integrity of the cap rock formation and the changes in stress as CO2 was being injected into 
the storage formation. 

 
  Regional stress magnitude determination.   The overburden stress (Sv) was 

calculated by integrating the rock density across the depth of the formation using equation 5. 
 

𝜎1 = 𝑆𝑣 = ∫ 𝜌(𝑧′)ℊ(𝑧′)𝑑𝑧 ,𝑧
0 ………………………………………..………………..……….. (5) 
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Sv = overburden stress,  

ρ = density  

z = corresponding depth 

g = gravitational acceleration 

In determining the stress magnitudes at depths in the region, S1 (Sv) was identified with 
the angle (𝛽) of a fault identified in the core whose normal makes an angle B with respect to the 
direction of the maximum horizontal compression.  This was noted to be an average of 60o and 
correlated with the borehole images. At this critical orientation of the fault, the optimal angle 
for frictional sliding (𝜇 ) was determined using equation 6. 
 

𝛽 = 𝜋
4

+ 1
2

tan−1 𝜇 ....……………………………………………………....…………..……… (6) 

Jaeger and Cook (2007) showed the values σ1 and σ3 (S1 and S3 respectively) 
correspond to the scenario where a critically oriented fault is at the frictional limit in a normal 
faulting zone by applying equation 7. 
 

𝜎1
𝜎3

= 𝑆𝑣−𝑃𝑝
𝑆ℎ𝑚𝑖𝑛−𝑃𝑝

≤ �(𝜇2 + 1)
1
2 + 𝜇�

2
…….……………………………………….….………….. (7) 

 

Pp = pore pressure  

Shmin = minimum horizontal stress 

 

Consistent with the high angle normal faults profiled in the region, the limiting ratio of 
principal effective stress magnitude was 1.8 for coefficients of friction equal to 0.6. This was 
then used to define the lowest value of the minimum principal stress with depth. The magnitude 
of the lowest principal stress cannot be less than this because any other lower angled, well-
oriented faults would slip. Hydrostatic pore pressure was prevalent at the depths encountered. 
The water table in the region was identified at 314ft (96m). Adjustments to the pore pressure in 
the region were made based on the water depth using equation 8.  

𝑃𝑝
ℎ𝑦𝑑𝑟𝑜 = ∫ 𝜌𝑤(𝑍)ℊ𝑑𝓏 −  ∫ 𝜌𝑤(𝑍)ℊ𝑑𝓏96𝑚

0
𝑧
96𝑚 ……………………..…………………...….… (8) 

 

Pp
hydro = hydrostatic pore pressure 
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As the depths are fairly shallow, overpressure was not expected to occur. Effective 
overburden stress was calculated by subtracting the pore pressure from the overburden stress. 
The relationships between the stresses are shown in Figure 52. 

A second approach to estimating the value of horizontal stress is to assume that the 
gravitational force from the weight of the rock can be instantaneously switched and is 
constrained by lateral deformation subjecting the rock to uniaxial strain. By assuming uniform 
and isotropic rock properties and the vertical stress given by equation 5, the resulting state of 
horizontal stress was calculated using equation 9.  

 

𝑆ℎ𝑚𝑖𝑛 = 𝑆𝐻𝑚𝑎𝑥 = 𝑣
1−𝑣

(𝑆𝑣 − 𝑃𝑝) + 2𝑃𝑝……………...…………………..………………...….. (9) 

Shmax = maximum horizontal stress. 

 

Stress magnitudes determined through this approach are shown in Figure 53. 

Brown and Hoek (1978) defined the range of ratios for the average of the two horizontal 
stresses to the vertical stress via equation 10.   

 

0.3 + 100
𝑧
≤ 𝑘 ≤ 0.5 + 1500

𝑧
...…………………………………..…………………….……… (10) 

z = in meters 

This ratio was added to the previously calculated vertical stress to further constrain the 
expected average horizontal stress in the region. The anticipated stress magnitudes in the region, 
based on this criterion, are shown in Figure 54. 
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Figure 52.  Predicted stress magnitudes based on average friction angle of faults observed in the region 

 

An analysis of the possible regional stress field indicates that overburden stress 
estimates ranged from 11-13MPa across the Derby-Doerun/ Davis formations and 13-16MPa 
across the Bonneterre/Lamotte formations. Adjusting for a water depth of 314ft (95m) resulted 
in a pore pressure ranging from 3.8 to 4.7MPa across the Derby-Doerun/Davis formations and 
4.7 to 5.8MPa across the Bonneterre /Lamotte formations. 
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Figure 53.  Predicted stress magnitudes based on assumption of uniaxial strain in the region 
 

Variance was observed in the horizontal stress depending on the method applied.  
Normal faulting in the region assumed that the maximum horizontal stress would always fall 
between the minimum horizontal stress and the overburden stress which is the maximum 
principal stress. Using the friction angle discerned from the faults resulted in a minimum 
horizontal stress range of 6.2MPa to 7.4MPa across the Derby-Doerun /Davis formations and 
7.5MPa to 6.2MPa across the Bonneterre/Lamotte formations. 
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Figure 54.  Predicted stress magnitudes determined from average horizontal stress ratios using Brown and 
Hoek (1978) correlation 
 

Uniaxial strain assumptions resulted in horizontal stress ranging from 4.1MPa to 4.8Mpa 
across the Derby-Doerun/Davis formations and 4.8MPa to 5.9MPa across the Bonneterre/ 
Lamotte formations. The average horizontal stress in the region was calculated using the Brown 
and Hoek (1978) method and resulted in a lower range of 2.5-6MPa and a higher range of 26-
37MPa. The presence of higher average horizontal stress values versus the calculated 
overburden stress indicated that horizontal stress may typically be higher than overburden stress.  
However, this was unlikely considering the region is populated with normal faults and, as such, 
values above the overburden were presumed invalid. Additionally, the borehole images do not 
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indicate extensive fractures and faults; therefore, a pore pressure lower than the minimum 
horizontal stress in the region was anticipated. The pore pressure in the region and the 
overburden stress thus indicated the absolute minimum and maximum stress expected across the 
formations and predicted ranges of horizontal stress were calculated from the methods 
illustrated. Key considerations in this fairly shallow formation were that overpressure was not 
expected and pore pressure was assumed to be hydrostatic and increased at 0.47psi/ft. 

 
  Poisson ratio, shear modulus, Young modulus and bulk modulus determination.  

It is expected that CO2 injection will affect stress in the reservoir due to changes in temperature 
and fluid pressure in addition to anticipated chemical reactions. These can result in significant 
changes in formation integrity requiring further risk analysis and examination of potential 
leakage sources to ensure containment of CO2 in the formation. A Mechanical Earth Model was 
calibrated and utilized to examine the poro-mechanical strength properties of the formation. 
This will allow for a greater understanding of how the sealing formation responds to the loads 
created by CO2 injection.  

 
A 1D-MEM construction, consisting of integrated data from sonic well logs generated 

from the proposed site, was populated and calculations, such as Young’s modulus, Poisson ratio, 
shear modulus, unconfined compressive strength and bulk modulus, were performed to 
determine elastic properties. Classification of the lithology based on mechanical facies was 
already conducted and elastic properties were estimated from sonic and density logs.  Dynamic 
properties were converted into static properties with experimental correlations based on 
lithology, porosity and in-situ stress variations. The unconfined compressive strength was also 
derived from log correlations associated with the formations being evaluated. The calculated 
data was compared and adjusted against measurements on core samples determined at the 
relevant confining pressures for accurate validation. Equations 11, 12, 13, and 14 were applied 
to the sonic and density logs to evaluate the formation Poisson’s ratio, shear modulus, bulk 
modulus and Young’s modulus.   

 

𝑃𝑜𝑖𝑠𝑠𝑜𝑛′𝑠 𝑟𝑎𝑡𝑖𝑜    𝑣 = 0.5−�𝑣𝑠 𝑣𝑝⁄ �2

1−�𝑣𝑠 𝑣𝑝⁄ �2
………...…..……………………………..………..……. (11) 

 

𝑆ℎ𝑒𝑎𝑟 𝑀𝑜𝑑𝑢𝑙𝑢𝑠  𝐺 = 𝜌𝑏𝑣𝑏2……………….….....…………………..………………………. (12) 

 

𝐵𝑢𝑙𝑘 𝑀𝑜𝑑𝑢𝑙𝑢𝑠   𝐾 = 𝐸
3(1−2𝑣) ...…………………………………....…………………..…….. (13) 

 

𝑌𝑜𝑢𝑛𝑔′𝑠 𝑚𝑜𝑑𝑢𝑙𝑢𝑠 𝐸 = 2𝐺(1 + 𝑣)..…………………………..…………………....………. (14) 
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E = dynamic Young’s modulus (GPa)  
 
Vs = shear velocity  
 
Vp = compressional velocity  
 
G = shear modulus (GPa) 
  
Pb = rock density (g/cm3)  
 
K = bulk modulus (GPa) 
 
v = Poisson’s ratio 
 

Figure 55 through Figure 60 show the variation in the calculated mechanical properties 
at the storage and cap rock formations in the anticipated reservoir. Shear modulus in the upper 
shale region of the Derby-Doerun formation exhibited high values of 25-30GPa.  
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Figure 55.  Derby-Doerun/Davis shear 
modulus 

 
 
Figure 56.  Derby-Doerun/Davis Young’s 
modulus  

 
Figure 57.  Bonneterre/Lamotte shear 
modulus 

 
Figure 58.  Bonneterre/Lamotte Young’s 
modulus 

 

 

Figure 59.  Derby-Doerun and Davis bulk 
modulus 
 

 

 
 
Figure 60.  Bonneterre and Lamotte bulk 
modulus 
 



 

 

As sand fraction increased lower in the formation, the shear modulus decreased to 15-
20GPa. The Lamotte Sandstone and Bonneterre formations exhibited an average shear modulus 
of 20-25GPa. Young’s modulus in the upper shale region of the Derby-Doerun formation 
ranged from 65-75GPa. This decreased to 40-50GPa as the sand fraction increased in the 
Derby-Doerun and Davis formations and averaged 55-60GPa within the Bonneterre and 
Lamotte formations. The bulk modulus in the upper shale region of the Derby-Doerun and 
Davis formations averaged 45-55GPa and decreased to within 25-35GPa as the sand fraction 
increased. The bulk modulus of the Bonneterre and Lamotte formation averaged 25-45GPa. The 
Poisson ratio of all formations averaged 0.24 to 0.27. 

 
 Rock strength determination. Well log correlations have been developed to calculate 

the unconfined compressive strength of rocks for different lithologies. Based on lithological 
composition, the ’Chang equation 13’ (Chang et al. 2006), developed for use in the Gulf of 
Mexico for Pliocene and younger shales and dolomites, was utilized to generate strength values 
for the Derby-Doerun and Davis formations (equation 15). 

𝐶𝑆(𝑀𝑃𝑎) = 0.43 �304.8
∆𝑡

�
3.2

…………...………………………..………………….............. (15) 

Where 

UCS = Unconfined compressive strength (MPa) 

∆𝑡 = Compressional Wave (µ/ft) 

 

Similarly, the strength values for the Bonneterre and Lamotte Sandstone were calculated 
using equation 16 (Nygaard et al. 2007) for use in predominantly sandstone and shale 
lithologies. 
 

𝑈𝐶𝑆 = � 1.00
𝑘1(∆𝑡−𝑘2)

� + 𝑘3………...………………………….………………………….……. (16) 

Where the following were experimental constants for a sandstone formation: 

K1=.0012  

K2=50  

K3=.22  

 

Based on the sonic log variation within the formation, the unconfined compressive 
strength of the lithologies is shown in Figure 61. 
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Figure 61.  Variation of unconfined compressive strength (UCS) in the formations  
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  Formation temperature variation.  Formation temperatures were observed to be 
relatively low in the injection region of interest due to the shallow depth of the reservoir and the 
inherently cold nature of the surface environment in the region. Temperature logs indicated a 
surface temperature of 23°C. Geothermal gradients of the Derby-Doerun and Davis formations 
were found to be approximately 30°C/km while Bonneterre, Lamotte and Precambrian indicate 
lower ranges of 9-18°C/km. The geothermal gradient of the region is shown in Figure 62. 
  

   
Figure 62.  Temperature variation with depth 
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Fault and fracture estimation. Figure 63 shows a fracture identified in the Potosi 
formation above the Derby-Doerun cap rock formation. The acoustic televiewer log indicated a 
high angle normal fault/fracture dipping N78o W. This fault was confirmed by the 
corresponding core identified at the same depth range of 1513.5ft (461m) to 1515.5ft (462m). 

 
Further investigation at the Derby-Doerun formation identified by the core at 1521ft 

(464m) indicated the presence of another normal fault dipping N23oW and a reverse fault 
dipping 23oN displayed in Figure 64. Vertical fractures were also observed in the Derby-Doerun 
formation from 1532(467m) ft to 1538ft (469m). 

 
The Davis formation was relatively bright and clear on the acoustic image log indicating 

the presence of clean shale with a barely observable trace of vuggy porosity or fractures. The 
Bonneterre formation top was identified at 1800 ft (549 m) from cores and the acoustic log 
indicated the presence of vuggy porosity at sporadic depths of 1891ft (576 m) to 1894 ft (577m) 
as reflected in Figure 65 (left).   

 
As depths increased from 1956ft – 2144ft (596m-654m) in the Lamotte Sandstone 

reservoir formation, the acoustic log indicated a more continuous stretch of lighter and darker 
bands in combination with short lengths of vertical fractures shown in Figure 65 (right). This 
indicated a possibly higher porosity in the region consistent with expectations of the Lamotte 
Sandstone.  

 
The Precambrian formation, as reflected in the acoustic image log, revealed depths of 

2145ft (654m) to 2160ft (659m) with much darker (closer to black) bands with little to no 
brighter ranges. While the Precambrian cores exhibited numerous fractures, the acoustic image 
seen in Figure 66 infers that porosity is very low and core fractures likely resulted from drilling 
due to the brittle and hard nature of the formation. 
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Figure 63.  Fault and fracture identified in Potosi formation (Acoustic image and core correlation) 
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Figure 64.  Faults (left) and fractures (right) identified in Derby-Doerun formation  
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Figure 65.  Bonneterre (left) and Lamotte (right) acoustic image         
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Figure 66.  Precambrian formation borehole images 
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1D MEM Summary/Results. Table 1 through Table 3 show a summary of the expected 
range of geomechanical properties in the cap rock and storage formations.  
 

Table 1  Derby-Doerun/Davis formation 1D MEM results 
Model Specifications (ID MEM, Logs and core correlation) 
 Derby-Doerun/Davis formation  
Data Average Median 95% Confidence 

Intv(Median) 
Comments 

   Min Max  
Top(m) 463.00       Core-Correlated with 

log/lithofacies analysis 
Bottom(m) 543.0       Core-Correlated with 

log/lithofacies analysis 
Total Porosity(v/v) 0.11 0.11 0.11 0.11 RMA software model  
Effective Porosity(v/v) 0.08 0.08 0.08 0.08 RMA software model  
Horizontal 
Permeability(md) 

* * * * *Not determined 

Vertical Permeability(md) 0.00 0.00 0.00 0.02 Miller (2011) dataset 
Kv/Kh Ratio * * * * *Not determined 
Pore Pressure(MPa) 5.3 2.3 5.3 5.3 Equation 
Effective Average 
Overburden(MPa) 

9.5 9.5 9.5 9.6 RMA software 
model/Equations 

Effective Minimum 
Horizontal Stress(MPa) 

3.1 3.1 3.1 3.1 Friction Coefficient method 

Effective Maximum 
Horizontal Stress(MPa) 

6.3 6.3 6.3 6.3 Friction Coefficient method 

Effective Horizontal 
Stress(MPa) 

2.6 2.6 2.6 2.6 Uniaxial Strain method 

Poisson Ratio 0.28 0.28 0.27 0.28 Log derived 
Shear Modulus(GPa) 22.9 23.2 23.0 23.5 Equation 16 
Bulk Modulus(GPa) 43.8 45.2 44.5 45.8 Equation 17 
Young's Modulus(GPa) 58.5 59.3 58.9 59.9 Equation 18 
UCS(MPa) 89.6 91.9 89.7 94.3 Correlation equation 
Temperature (DegC/KM) 18.9 18.8 18.8 18.9 Temperature log 
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Table 2 Bonneterre/Lamotte formation 1D MEM results 
Model Specifications (ID MEM, Logs and core correlation) 

 
Bonneterre/Lamotte 

 

Data Average Median 

95% 
Confidence 
Intv(Median) Comments 

   
Min Max 

 
Top(m) 543.0       

Core-Correlated with 
log/lithofacies analysis 

Bottom(m) 653.0       
Core-Correlated with 
log/lithofacies analysis 

Total Porosity(v/v) 0.11 0.11 0.11 0.11 RMA software model  
Effective Porosity(v/v) 0.09 0.10 0.10 0.10 RMA software model  
Horizontal 
Permeability(md) 17.26 0.19 0.08 12.38 

Boongird et al. 2006 - Lamotte 
specific 

Vertical 
Permeability(md) 6.61 0.12 0.10 1.61 

Boongird et al. 2006 - Lamotte 
specific 

Kv/Kh Ratio 1.27 0.77 0.42 1.15 
Boongird et al. 2006 and 
Miller(2011) dataset 

Pore Pressure(MPa) 5.8 5.8 5.8 5.8 Equations 
Effective Average 
Overburden(MPa) 10.2 10.2 10.2 10.2 

RMA software 
model/Equations 

Effective Minimum 
Horizontal Stress(MPa) 3.3 3.3 3.3 3.3 Friction Coefficient method 
Effective Maximum 
Horizontal Stress(MPa) 6.8 6.8 6.8 6.8 Friction Coefficient method 
Effective Horizontal 
Stress(MPa) 3.3 3.3 3.3 3.3 Uniaxial Strain method 
Poisson Ratio 0.33 0.25 0.25 0.26 Log derived 
Shear Modulus(GPa) 21.9 21.9 21.7 22.0 Equation 16 
Bulk Modulus(GPa) 37.4 37.0 36.4 37.6 Equation 17 
Young's Modulus(GPa) 57.7 54.5 54.1 55.0 Equation 18 
UCS(MPa) 101.4 77.4 74.3 80.2 Correlation equation 
Temperature 
Gradient(DegC/KM) 21.8 21.9 21.9 21.9 Temperature log 
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Table 3 Precambrian formation 1D MEM results 
Model Specifications (ID MEM, Logs and core correlation) 

 
Precambrian 

 

Data Average Median 

95% 
Confidence 
Intv(Median) Comments 

   
Min Max 

 
Top(m) 653.0       

Core-Correlated with 
log/lithofacies analysis 

Bottom(m) 670.0       
Core-Correlated with 
log/lithofacies analysis 

Total Porosity(v/v) * * * * *Not determined 
Effective Porosity(v/v) * * * * *Not determined 
Horizontal Permeability(md) * * * * *Not determined 
Vertical Permeability(md) * * * * *Not determined 
Kv/Kh Ratio * * * * *Not determined 
Pore Pressure(MPa) 5.9 5.9 5.9 5.9 Equations 
Effective Average 
Overburden(MPa) 10.4 10.4 10.4 10.4 

RMA software 
model/Equations 

Effective Minimum 
Horizontal Stress(MPa) 3.4 3.4 3.4 3.4 

Friction Coefficient 
Method 

Effective Maximum 
Horizontal Stress(MPa) 6.9 6.9 6.9 6.9 

Friction Coefficient 
Method 

Effective  Horizontal 
Stress(MPa) 3.1 3.1 3.1 3.1 Uniaxial Strain method 
Poisson Ratio 0.26 0.25 0.26 0.27 Log derived 
Shear Modulus(GPa) 16.3 16.7 16.0 17.3 Equation 16 
Bulk Modulus(GPa) 31.2 29.3 26.9 32.0 Equation 17 
Young's Modulus(GPa) 41.1 42.2 40.7 42.9 Equation 18 
UCS(MPa) 48.7 45.7 42.7 50.2 Correlation equation 
Temperature (Deg C) 22.4 22.4 22.4 22.4 Temperature log 
 

 

3.2.3. Petrel® Shared Earth Model 

The completed geological scale model in its entirety was too complex to be used for 
geomechanical or reservoir simulation. This model was upscaled to reduce the number of grid 
cells while maintaining the heterogeneity. However, as the investigation primarily involved the 
storage and cap rock formations, irrelevant formations were not subdivided thus reducing the 
complexity and need for extreme upscaling which would have resulted in loss of resolution. The 
final model created was then upscaled and exported to a rescue file format for population in the 
simulation software (Figure 67). 
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Figure 67.  Shared Earth Model with horizons indicating exploratory well position.  
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4. ROCK MECHANICAL TESTING 

4.1.Sample Geology & Selection 
The source rocks were outcrops of the relevant formations as samples must be 

representative of the actual site geology. Sourcing refers to breaking the rock from the rock 
outcropping for use as a rock sample. The source rocks for each rock type were obtained from 
the sites as shown in Table 5. The following criteria were considered during the selection of 
specific rocks as a source rock samples: 

1. Orientation of the rock before sourcing with respect to magnetic north  
2. Weathering – the least weathered rocks were selected as source rocks 
3. Bedding and bedding faults 
4. Consistency in rock composition based on visual inspection 

Table 4 Sampling details 
Formation Lithology Depth GPS Co-ordinates 
Bonneterre Shaly Dolomite Outcrop N37°49'735" W90°40'48" 

Davis Shaly Dolomite Outcrop N37°51'8251" W90°33'7614" 
Derby Doerun Shaly Dolomite Outcrop N37°49'8881" W90°31'6696" 
Lamotte Sandstone Outcrop N37°49'735" W90°34'789" 
 

4.2.Sample preparation  
The samples were prepared by coring from the source rocks. The core sizes and sample 

dimensions were dependent upon the experiment to be performed. The experiments included the 
Brazilian, uniaxial and triaxial tests. The sample dimension requirements were the same for the 
uniaxial and triaxial tests. The sampling process involved coring from the source rock, cutting 
with a diamond bit rock saw and grinding the ends where required. 

Samples prepared for the Brazilian tests were approximately 2” in diameter and about 1” 
in length according to guidelines requiring the L/D ratio to fall between 0.2-0.5 as shown in 
Figure 68, Samples were cored using a 2” coring bit, and a rock saw was utilized to cut longer 
cored samples. The cylindrical ends did not require grinding for the Brazilian test.  

Samples for triaxial and uniaxial tests were 1.5” in diameter and 3” in length according 
to guidelines requiring the L/D ratio to fall between 2-2.5 as shown in Figure 69. Samples were 
cored using a 1.5” coring bit and longer cored samples were cut using a rock saw. Grinding of 
cylindrical ends was required to ensure that ends are parallel to each other and perpendicular to 
the sides of the core. 
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Figure 68.  Brazilian Test Sample Dimensions 
 

 

Figure 69.  Uniaxial/Triaxial Testing Sample Dimensions 
 

4.3.Unified Testing System         
 A unified testing system with modifiable hardware and software components was 

developed to carry out the different rock mechanical tests. The strength properties of the rock 
were derived from rock deformation properties obtained from the mechanical experimental data. 
At the end of the experiment, a graph was generated to display stress versus strain and provide 
the Young’s Modulus and Poisson’s Ratio. The cohesion and angle of friction were obtained 
from the graph of axial stress versus confining stress. Axial Stress in MPa (mega Pascals) was 
assessed by monitoring axial load using a load sensor and strain was analyzed using a strain 
gauge. Pumps produced the axial loading and confining stresses. A workstation algorithm 
written in laboratory software (LabviewTM) was utilized to acquire and log voltage data and 
produce graphic output in the form of a stress/strain graph.   
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The testing methodology included a pump system, Hoek cell or Brazilian test rig and 
data acquisition and measurement systems. 

The pump system consisted of two syringe pumps that were high pressure, low volume, 
and capable of pressures up to 10,000 psi. One of the pumps created fluid based confining 
pressure which acts as two of the lower principal stresses that are equal in magnitude. The other 
pump was used to generate the fluid based normal load delivered through the loading piston 
mounted on a steel frame. The syringe pumps can be run from a control station and monitored 
remotely using a host computer. 

 The mounting rigs were devised for the Brazilian testing system and the triaxial testing 
system. The uniaxial test does not require a mounting rig. Test specimens for the Brazilian test 
were approximately 2 inches in diameter and 1 inch in length. The samples were placed in a 
special rig, constructed at the department workshop, which was capable of accommodating 
sample sizes up to 3 inches in diameter. This rig was then subjected to normal loading while 
being monitored by the load sensor. Triaxial testing was performed by loading the rock sample 
into a Hoek cell which is specially designed to subject the rock sample to triaxial forces. It 
consists of a rubber sleeve enclosure, where the rock sample was placed, surrounded by a steel 
cell. Fluid was pumped into the annulus between the rubber sleeve and the steel cell to create 
the confining pressure. The Hoek cell was placed between steel platens over which the normal 
load was applied through the loading piston thus completing the triaxial testing conditions.  

The data acquisition and measurement system components included the laboratory 
software package that accompanied the pumps and the control and data acquisition program 
developed in Labview to facilitate the mechanical testing. Three sub-modules formed the main 
program and could be used separately depending on the rock testing requirements. Analog 
measurements were converted to digital format with the data being documented in a spreadsheet 
for further analysis. Finally, graphical output was produced to calculate rock deformation 
parameters. 

         The load sensor monitored the normal load in all three tests with readings being fed into 
the data acquisition device (DAQ1) that converted the analog data into digital data. The load 
sensor measured the load in pounds (lbs). The data acquisition device (DAQ1) connected to the 
computer through an RS232 serial port and supplied data to the Workstation algorithm written 
in Labview.   

Strain gauges attached to the rock sample monitored the loading strain. Strain was 
monitored in two directions, axial and radial. The differential signal from the axial and radial 
strain gauge was fed to two identical signal conditioning systems which amplified and fed the 
data acquisition system (DAQ2). The signal conditioning system consisted of an embedded 
board which completes a single wheatstone bridge in quarter, half or full bridge mode as well as 
amplifies the signal giving a ground referenced, single-ended output. The gain and the offset of 
the signal conditioning board could be manually configured. The voltage output from the two 
conditioning boards was fed to two different channels of the data acquisition device (DAQ2) 
which was run in differential mode to cancel out common mode noise. The strain gauge system 
was run in quarter bridge mode with the strain gauge serving as one of the arms. The DAQ2 
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was connected to the computer through a USB port and could be controlled using the 
Workstation algorithm written in Labview. 

Figure 70 shows the unified testing system modified for triaxial testing, Figure 71 shows the 
same for uniaxial testing and Figure 72 shows the modification carried out for the Brazilian test. 

 

Figure 70.  Unified Testing System for Triaxial Testing 
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Figure 71.  Unified Testing System for Uniaxial Testing 

 

Figure 72.  Unified Testing System for Brazilian Testing 
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4.4.Lab Experimental Procedures 
The unified testing system made it possible to carry out three rock mechanical tests 

within the same experimental framework. The system consisted of three separate operational 
components:  1] Pump System 2] Rock Sample Mounting Rigs and 3] Data Acquisition and 
Measurement Systems. Slight modifications in the setup were required to adapt for different 
experiments. The operation of the pump system and the data acquisition and measurement 
system varied slightly for all the experiments with the main changes being the introduction of 
confining pressure in the triaxial test and strain monitoring. The most important change with 
respect to the three tests was mounting the rock sample with the additional attachment of strain 
gauges when necessary.  

Pump System Operation. The pump system consisted of two pumps controlling the 
axial loading and confining pressure. Each of the pumps had a separate controller used to 
program the operation of the pump. The axial loading system was used in all experiments 
whereas confining pressure generation was only required in the triaxial test. The pumps were 
run in a programmed gradient mode where the initial sample pressurization and final pressure to 
be attained could be programmed into the pump controller. Programmed gradient mode is 
progressive; therefore the pump operated at a specific rate for a defined time period and at a 
different rate during the subsequent time period. 

Axial Loading Pump Operating Procedure: The axial loading pump was always run 
in programmed gradient mode which increased pressure at a constant rate thus maintaining a 
steady strain rate. The axial pump was run independently and the rate could be kept constant as 
required for the uniaxial and Brazilian tests. Initially, the axial loading pump was run in 
conjunction with the confining pressure pump for the triaxial test to maintain a constant loading 
and confining rate until the desired confining pressure was reached. Once the confining pressure 
was reached, the next rate could be set to achieve the final pressure for the desired duration. 

Confining Pressure Pump Operating Procedure: The confining pressure pump was 
only utilized in the triaxial test and also run in programmed gradient mode. The pump was set to 
increase pressure in conjunction with the axial loading pump until the desired confining 
pressure was reached and then that pressure was held constant. 

Rock Sample Mounting Rigs Operational Procedures. The method of mounting the 
samples was different for each rock mechanical test. 

Brazilian Test: The rock sample was mounted in the Brazilian rig which was then placed 
between the steel platens through which loading was done as shown in Figure 72. 

Uniaxial Test: A cylindrical rock sample with attached strain gauges was mounted in 
between the steel platens with the strain gauges wired to the signal conditioning device as 
shown in Figure 71. 

Triaxial Test: A rock sample was mounted within the Hoek cell using great care to 
ensure the strain gauge wires did not break during insertion of the sample. The Hoek cell was 
then placed in between the steel platens through which axial load was applied. Fluid was 
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pumped into the annulus between the rubber sleeve and steel casing of the Hoek cell to create 
confining pressure. The triaxial system is shown in Figure 70. 

Data Acquisition & Measurement System Operational Procedures.  The data 
acquisition procedure involved initializing the programs monitoring the pressurization, loading 
and strain variation processes. 

Pump Pressurization: The program monitoring the pumps was a Labview package 
supplied with the Iscopump. The Iscopump program was started after the pumps reached 
initialization pressures, at the same time as the loading step. The Iscopump program was loaded 
in two different remote host devices (a laptop and desktop) to monitor both the confining and 
axial pump operations. 

Loading and Strain Variation. A program to monitor the loading and strain variation 
was developed indigenously and titled the Triaxial Control Station (TCS). The TCS had to be 
initialized to log the load variation data and monitor the voltage change signifying the strain 
variation. 

4.5. Laboratory Results 
Laboratory experimentation was carried out on rock samples cored from source rocks 

obtained at relevant outcropping sites. The samples were subjected to unconfined compressive 
strength testing and the load at which failure occurs was used to calculate the compressive 
strength of the material according to equation 17. 

 

𝑈.𝐶. 𝑆 = � (𝐿𝑏 224.808)⁄
𝜋
4∗𝐷

2∗(0.0254)2
� ∗ [0.001]..................................................................................(17) 

 

Where  

             U.C.S = Unconfined Compressive Strength (Mpa) 

              lb = failure load (lbs) 

              D  = diameter (in) 

 

Table 5 shows the UCS and Brazilian strength test values for each individual sample. 
Comparison of the average values for each rock type indicated that strength of the cap layer 
rocks was higher than that of the reservoir rock; hence injection pressures could be calculated 
based on the strength of the reservoir rock. The injection pressures were calculated with respect 
to the reservoir rock, and since the design utilized a lower compressive strength, the probability 
of the cap rock failure due to injection pressure diminished considerably. 
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Table 5 Unconfined compressive test and Brazilian test results 

Test 
no Type Formation Lithology 

Loading 
Relative to 
Bedding Diameter     Length             L/D Mass Vol. Density 

Tensile 
strength UCS 

          in in   g mm^3 g/cm3 MPa MPa 

T-004 UCS Bonneterre Dolomite Normal 38.1 77.724 2.04 239 88641 2.69   146.7 

T-005 UCS Bonneterre Dolomite Normal 38.1 77.978 2.05 243 88931 2.73   190.0 

T-005 UCS Davis Shaly Dolomite Normal 38.1 77.978 2.05 225 88931 2.53   77.7 

T-006 UCS Davis Shaly Dolomite Normal 38.1 77.47 2.03 225 88351 2.54   64.7 

T-007 UCS Lamotte Sandstone Normal 37.8 78.994 2.09 194 88892 2.19   60.8 

T-008 UCS Lamotte Sandstone Normal 38.1 77.978 2.05 194 88931 2.19   57.3 

BDS1 Brazillian Bonneterre Dolomite Parallel 50.8 23.91 0.47 124 48475 2.55 3.3   

BDS2 Brazillian Bonneterre Dolomite Parallel 50.8 23.91 0.47 128 48475 2.64 6.0   

BDS4 Brazillian Bonneterre Dolomite Parallel 50.8 22.39 0.44 121 45381 2.67 5.7   

BDS5 Brazillian Bonneterre Dolomite Parallel 50.8 25.44 0.50 139 51569 2.69 6.1   

BDS6 Brazillian Bonneterre Dolomite Parallel 50.8 25.95 0.51 142 52601 2.71 5.5   

DS1 Brazillian Davis Shaly Dolomite Parallel 50.8 27.48 0.54 134 55695 2.41 6.4   

DS2 Brazillian Davis Shaly Dolomite Parallel 50.8 26.20 0.52 138 53116 2.60 3.5   

DS3 Brazillian Davis Shaly Dolomite Parallel 50.8 24.68 0.49 129 50023 2.57 3.7   

DS4 Brazillian Davis Shaly Dolomite Parallel 50.8 24.17 0.48 119 48991 2.42 3.4   

DS5 Brazillian Davis Shaly Dolomite Parallel 50.8 24.93 0.49 128 50538 2.54 4.8   

DS6 Brazillian Davis Shaly Dolomite Parallel 50.8 24.17 0.48 125 48991 2.55 4.7   

SS1 Brazillian Lamotte Sandstone Parallel 50.8 26.03 0.51 111 52769 2.10 1.5   

SS2 Brazillian Lamotte Sandstone Parallel 50.8 25.44 0.50 116 51569 2.25 4.8   

SS3 Brazillian Lamotte Sandstone Parallel 50.8 24.42 0.48 111 49506 2.23 2.7   

SS4 Brazillian Lamotte Sandstone Parallel 50.8 23.66 0.47 103 47959 2.16 3.7   

SS5 Brazillian Lamotte Sandstone Parallel 50.8 26.20 0.52 116 53116 2.18 3.4   

SS6 Brazillian Lamotte Sandstone Parallel 50.8 25.95 0.51 118 52601 2.24 4.2   

 

The mean of the laboratory results was compared with the correlation-based calculations for 
validation as shown in Table 6. The strength values obtained from the laboratory experiments 
were within the standard deviation of the calculated strength values for all the rock types.  
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Table 6 Triaxial tests results 
Test no Formation Lithology Sample 

No/Name 
Loading 
Relative to 
Bedding 

Horizontal 
stress  at 
failure    
σ3 

Axial 
Stress 
at 
failure     
σ1 

E 50     ѵ Cohesion  Internal 
Angle 
of 
Friction 

UCS 

     MPa MPa MPa  MPa ˚ MPa 

T-001-T Davis Shaly 
Dolomite 

A Perpendicular  2.90 169.40 55.60 0.16 13.2 59 71.2 

T-002-T Davis Shaly 
Dolomite 

B Perpendicular  10.00 218.20 46.40 0.41    

T-003-T Bonneterre Dolomite B Perpendicular  3.10 139.00 60.00 0.40 33.2 47 168.4 

T-004-T Bonneterre Dolomite A Perpendicular  10.00 221.90 52.60 0.19    

T-005-T Lamotte Sandstone A Perpendicular  3.50 105.40 23.80 0.36 11.4 48 59.1 

T-006-T Lamotte Sandstone B Perpendicular  10.00 130.40 37.60 0.28    

 

Table 7 Direct shear test results 

S. No.  Rock formation Test No. Residual shear 
strength (MPa) 

Peak shear 
strength (MPa) 

1 Davis 1 4.57 5.47 

2 Davis 2 5.01 7.55 

3 Davis 3 4.34 4.83 

4 Davis 4 3.82 4.67 

5 Derby-Doerun 1 3.51 5.04 

6 Derby-Doerun 2 3.1 3.18 

7 Derby-Doerun 3 3.53 4.10 

8 Lamotte 1 4.88 3.07 

9 Bonneterre 1 4.07 4.66 
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Table 8 Rock deformation properties 

S. 
No. Rock sample  Test No. 

Shear 
modulus 
(GPa) 

Poisson's 
ratio 

Young's 
modulus 
(GPa) 

Bulk 
modulus 
(GPa) 

1 Davis 1 0.11 0.2 0.28 0.15 

2 Davis 2 0.14 0.2 0.34 0.19 

3 Davis 3 0.11 0.2 0.28 0.15 

4 Davis 4 0.09 0.2 0.21 0.12 

Average 0.11 0.2 0.28 0.15 

5 Derby-Doerun 1 0.11 0.2 0.27 0.15 

6 Derby-Doerun 2 0.11 0.2 0.27 0.15 

7 Derby-Doerun 3 0.10 0.2 0.25 0.14 

Average 0.11 0.2 0.26 0.14 

8 Lamotte 1 0.08 0.2 0.19 0.10 

9 Bonneterre 1 0.10 0.2 0.24 0.13 

 

Table 9 Rock Strength Properties 
Property 

 

 

 

 

Formation                               

Unconfined Compressive Strength 

(MPa) 

Tensile strength 
(MPa) 

Min Max Mean St Dev 
Laboratory 
Mean Laboratory mean 

Bonneterre 36 827 108 86 

 

168 5 

Davis 40 136 82 23 71 4 

Lamotte 39 255 80 38 59 3 
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Figures 73 and 74 give the average Young’s modulus and bulk modulus obtained from 
the various tests. The values plotted were averaged from the datasets and compared the 
deformation property values obtained from different methods. The values of elastic modulus 
shown in Figures 73 and 74 were similar between the lab triaxial and in-situ sonic but the lab 
sonic returned higher values for the Bonneterre and the Davis. The in-situ returned the highest 
value for the Lamotte. The averaged triaxial test bulk modulus of the Bonneterre exceeded that 
of the average obtained in-situ but was less than the lab sonic values. The Davis bulk modulus 
was just above the lab sonic value but significantly higher than the in-situ average while the 
Lamotte in-situ was the highest followed by the lab triaxial and lab sonic generated bulk 
modulus. The shear modulus values obtained from the triaxial test were lower than those 
obtained from both the sonic tests. The deformation property values obtained from the triaxial 
test should have ideally been lower than the laboratory sonic data. The instances of triaxial test 
values being higher than the lab sonic value could be attributed to inherent instrument 
sensitivity and/or error.  In addition, the laboratory sonic tests were carried out under 
unconfined compressive conditions whereas the triaxial tests were carried out under in-situ and 
10 MPa confining pressure conditions which may have impacted test values. 

 

 

 
Figure 73.  Comparison of averaged Young’s modulus for four different rocks obtained from three lab 
testing methods 
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Figure 74.  Comparison of averaged bulk modulus for four different rocks obtained from three lab testing 
methods 
 

4.6.Stability of cap rock evaluation 
Natural resource extraction sources like mines and oil wells can change the state of 

geological stress resulting in reactivation of pre-existing faults and fractures. Activation of pre-
existing faults may occur whenever the shear stress acting on the fracture plain exceeds the 
Mohr-Coulomb failure criteria represented by equation (1) where 𝜏𝑠 is the shear stress, 𝜑 is the 
friction angle, c is the cohesion and 𝜎𝑛 is the normal stress. The practical application of this 
equation suggests that whenever the left side exceeds the right side, the fault will slip creating 
the potential leakage pathways for CO2. Whenever a gas is extracted, the reservoir tends to 
contract with normal stress generally decreasing. Slippage mainly occurs in the vertical faults 
due to stiffness of the surrounding porous medium opposing the vertical deformation. However, 
gas injection causes expansion of the reservoir with increasing normal stress. The reactivation 
of faults is greater with extraction than injection. But slippage on the border faults may still 
occur during the initial phase of injection. The importance of fault reactivation for sequestration 
relates to the possible generation leakage pathways for CO2. 

 
|𝜏𝑠| ≥ 𝑐 + 𝜎𝑛𝑡𝑎𝑛𝜑                                                                                                                      (1) 

Fault reactivation is controlled by shear stress (τ) and the normal stress components (𝜎𝑛) 
on the fault plane which can be expressed for a normal faulting regime in a two-dimensional 
case as: 

 
τ = (𝜎𝑣′−σh′)

2
𝑠𝑖𝑛2𝛿                                                                                                                       (2) 

𝜎𝑛 = (𝜎𝑣′+𝜎ℎ′)
2

+ (𝜎𝑣′−𝜎ℎ′)
2

𝑐𝑜𝑠2𝛿                                                                                                  (3)                                                                                                                   

𝜎𝑣′ = 𝜎𝑣 − 𝛼𝑝                                         (4)
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 𝜎ℎ′ = 𝜎ℎ − 𝛼𝑝                                                    (5a) 

𝜎ℎ′ = � 𝜈
1−𝜈

� (𝜎𝑣) + 𝛼𝑝(1 − 𝜈
1−𝜈

)                  (5b)
                                              

In the above equations, 𝛿 is the fault’s dip angle, 𝜎𝑣′  and 𝜎ℎ′  are the effective vertical and 
minimum horizontal stresses, and 𝜎𝑣  and 𝜎ℎ are the total vertical and minimum horizontal 
stresses. Fault strength is obtained by the Mohr-Coulomb criterion: 

 
𝜏𝑠𝑙𝑖𝑝 = 𝑐 + 𝜇(𝜎𝑛 − 𝛼𝑝)                                                                                                               (6) 

𝜎𝑛′=𝜎𝑛 − 𝛼𝑝                      (7) 

𝜇 = 𝑡𝑎𝑛𝜑                                      (8) 

Where  𝜏𝑠𝑙𝑖𝑝  is critical shear stress for slip to occur and c is the cohesion, equation (8) 
shows the fault’s friction coefficient for a given fault’s friction angle where 𝜑 is the angle of 
friction, 𝛼 is the Biot’s coefficient and p is the pore pressure. A parameter was generated to 
measure the likelihood of a given fault’s reactivation which is shown below: 

 
𝑆𝑇 = 𝜏

𝜏𝑠𝑙𝑖𝑝
                                                                                                                                    (9) 

 

The slip tendency parameter ranges from 0 ≤ 𝑆𝑇 ≤ 1. A higher slip tendency factor 
indicates a greater chance of fault reactivation. A fault becomes hydraulically conductive 
whenever shear stress violates the Mohr-Coulomb failure criteria. The fault’s cohesion is 
usually lower than 1 MPa and is commonly accepted as zero. If equation (9) is applied for 
cohesion less faults with 𝜇=0.6, normal faults with dip angle 𝛿~60o are obtained which are 
more prone to reactivation. 

 
Pore pressure also plays a vital role in fault reactivation. In order to prevent fault 

reactivation, the impact of pore pressure is dependent upon the stress and fluid paths of the 
reservoir. Vertical stress is the same as the overburden and the crust is not vertically restrained; 
therefore the vertical stress components are less affected by pore pressure. On the other hand, 
the reservoir is constrained in the horizontal direction, so the minimum horizontal stress is 
greatly affected by pore pressure. During depletion, minimum horizontal stress decreases and 
thus, differential stress increases resulting in fault reactivation even if the effective stresses are 
increasing. However, during injection, the minimum horizontal stress increases and thus reduces 
the differential stress. 

 
There are a number of mechanisms that can potentially cause the reactivation of existing 

faults during injection or production. The chances of fault reactivation increase when the 
injection pressure penetrates the fault plane of faults within or bounding the reservoir. If the 
pore pressure is increased, the slip tendency of the fault will also increase when all the other 
parameters remain unchanged as seen in equation (4). Therefore, geomechanical analyses must 
be conducted to identify the maximum injection pressure to avoid fault reactivation. Changes in 
the magnitude of stress are induced when a change in pore pressure is pervasive throughout the 
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reservoir in faults within or bounding the reservoir. The magnitude of these stress changes is 
generally proportional to the magnitude of the pressure change. However, this change is 
affected by many properties of the reservoir such as thickness, shape, orientation of the faults, 
etc. Minimum pressure is experienced during depletion and maximum pressure is anticipated 
during injection. Pore pressure changes may cause expansion and contraction of the reservoir. A 
sizeable expansion of the reservoir can induce the displacement of the overburden above the 
reservoir. Any high angle fault in the overburden impacted by the induced shear stresses are at 
risk for reactivation. In some cases, the main risk factor is reservoir depletion rather than the 
injection. Geomechanical analyses to assess reservoir stability of CO2 storage is mainly focused 
on the risk associated with maximum reservoir pressure.  

 

 
Figure 75.  Failure envelopes for fractures of Davis Shaly Dolomite (A), Derby-Doerun (B), Bonneterre (C) 
and Lamotte (D). Mohr circles have been plotted at in-situ and effective in-situ stresses (Kumar, 2012). 
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The activation of a pre-existing fault may occur whenever the shear stress acting on the 
fault plane exceeds the Mohr-Coulomb failure criteria (Figure 75). The in-situ vertical, 
minimum horizontal stresses and the pore pressure for each rock formation at particular depths 
was taken from Table 12. Mohr circles, based on in-situ and effective stresses on the top and 
bottom of the formation, were generated and plotted under the Mohr-Coulomb failure envelope 
obtained from direct shear tests and triaxial tests for all four rock types. Injecting CO2 would 
increase the amount of pore pressure leading to a reduction in stress and causing the Mohr circle 
to shift closer to the failure envelope. If there were any pre-existing faults in the rock 
formations, fault reactivation would occur before tensile failure. The size of the Mohr circle 
increased with depth as more stress was induced on each formation as seen in Figure 75. A safe 
pore pressure window for the top and bottom of the formation was also generated, and the 
pressure at which the fault would reactivate was calculated based on the in-situ stresses given in 
Table 12. Keeping the pressure between the sustainable pore pressures prevented reactivation of 
pre-existing fractures. If the pore pressure exceeded the sustainable pressure, the possibility of 
fault reactivation increased which could cause leakage of CO2 to the surface. It should be noted 
that the pore pressure at which faults were reactivated at the top and bottom of the formation 
were 5.1 Mpa and 5.4 MPa for Derby-Doerun and 5.69 MPa and 6.4 MPa for Lamotte (Figure 
75). This could be detrimental to the CO2 sequestration process as the faults in the cap rock 
were reactivated before the fault in the reservoir. However, in Bonneterre, the pore pressure at 
which the faults were reactivated at the top and bottom of the formation were 6.6 Mpa and 7.3 
MPa and the Davis values were 5.8 MPa and 6.7 MPa. Therefore, as long as the pore pressure 
remained under 6.5 MPa,  faults in the Davis and Bonneterre would not reactivate and 
sequestration of CO2 could be achieved. However, the chance of fault reactivation in Lamotte 
Sandstone was greater as the Mohr circle was closest to the failure envelope (Figure 75D). 

In stress coupling, the value of minimum horizontal stress increased and the value of 
overburden stress decreased as pore pressure increased causing the reduction in Mohr circle size 
as shown in Figure 75. In the coupled stress approach, the analyses revealed that the pore 
pressure at which the faults were getting reactivated at the top and bottom of the formation were 
7 MPa and 8 MPa for Lamotte and 8 MPa and 8.4 MPa for Derby-Doerun. If the pore pressure, 
during injection of CO2 into the reservoir, exceeded 8.4 MPa, then the pre-existing faults in 
Lamotte and Derby-Doerun would reactivate. However, in Bonneterre, the pore pressure at 
which the faults were getting reactivated at the top and bottom of the formation were 9.5 MPa 
and 11 MPa and the Davis values were 10.2 MPa and 10.7 MPa. Therefore, in the pore pressure 
and stress coupling scenarios, the faults in Davis and Bonneterre would not get reactivated if the 
pore pressure was kept under 10.4 MPa. 
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Table 10 Slip tendency parameters for top and bottom of the formation 

S.No. 
Rock 
Formation 

τ (FT) τslip (FT) ST (FT) τ (FB) τslip 
(FB) 

ST 
(FB) 

1 Davis 2.30 4.75 0.48 2.53 5.22 0.48 

2 Derby-Doerun 2.19 3.35 0.65 2.30 3.52 0.65 
3 Bonneterre 2.55 4.79 0.53 2.77 5.20 0.53 
4 Lamotte 2.77 3.18 0.87 3.03 3.45 0.87 

 

The slip tendency was calculated for all four rocks to evaluate the likelihood of fault 
reactivation (Table 10). Table 10 illustrates that Lamotte had the highest slip tendency 
parameter value followed by Derby-Doerun, Bonneterre and Davis. The slip tendency parameter 
values for both the top and bottom of the formation were the same for all four rocks:  0.87 for 
Lamotte; 0.53 for Bonneterre; 0.65 for Derby-Doerun; and 0.48 for Davis. Lamotte, being a 
reservoir, had a higher slip tendency parameter value than the cap rocks due to its greater 
permeability and porosity. Fault reactivation in the reservoir was necessary during CO2 
injection. The Davis and Derby-Doerun cap rocks, had lower slip tendency parameter values 
than Lamotte as well as Bonneterre which provided a partial seal over the reservoir. 

4.7.Shared earth model summary 
This section presents the methodology used to develop a Shared Earth Model with 

specific application to shallow CO2 sequestration. Data gathered from regional water wells was 
used to model the geometry of the overburden layers while structure maps were computerized 
and applied to model the storage formation and basement layers. Geostatics was implemented in 
the distribution of the sparse data available within the region. Integration of geologic maps 
together with water well and petrophysical data from core/log analysis was essential to 
developing a representative model of the regional formations.   

Based on the geological, geomechanical and reservoir analysis, the Lamotte formation 
was identified as suitable for CO2 injection despite occurring at a relatively shallow depth of 
approximately 550m below the earth’s surface with a temperature of 22oC. Appropriate 
basement and cap rock formations were also identified indicating the possibility of CO2 
containment. 

The Shared Earth methodology would be applicable in other regions where both shallow 
and deep CO2 sequestration is being explored.  

Table 11 gives the average formation petrophysycal values used for further reservoir and 
geomechanical analysis studies. The Lamotte Sandstone and part of the Bonneterre with Regan 
sandstone facies have a porosity averaging just below 10 % and permeability within a range 
indicating the potential to be used for CO2 injection. The permeability of the overburden 
formations being less than 0.001 md made them suitable as cap rocks if there were no fractures 
present: however fractures were common in the cores evaluated as part of the project. 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
101 
 

Table 11 Average formation petrophysical values. 
  Derby-

Doerun/Davis 
formation 

Bonneterre/Lamotte Precambrian 

Data Average Average Average 
        
FM Top (m) 463 543 653 
FM Bottom(m) 543 653 670 
Total Porosity(v/v) 0.11 0.11 NA 
Effective Porosity(v/v) 0.08 0.09 NA 
Horizontal Permeability(md) NA 17.26 NA 
Vertical Permeability(md) < 0.001 6.61 NA 
Kv/Kh Ratio NA 1.27 NA 
Pore Pressure(MPa) 5.3 5.8 5.9 
Effective Avg. 
Overburden(MPa) 9.5 10.2 10.4 

Effective Min Horizontal 
Stress(MPa) 3.1 3.3 3.4 

Effective Maximum 
Horizontal Stress(MPa) 6.3 6.8 6.9 

Effective Horizontal 
Stress(MPa) 2.6 3.3 3.1 

Poisson Ratio 0.28 0.33 0.26 
Log Shear Modulus(GPa) 23 22 16 
Log Bulk Modulus(GPa) 44 37 31 
Young's Modulus(GPa) 59 58 41 
Log UCS(MPa) 90 101 49 
Temperature (°C/KM) 18.9 21.8 22.4 

 

The unconfined rock strength was determined through log correlations (Table 11) and 
rock mechanical testing (Table 12). The overburden unconfined rock strength derived from logs 
was, on average, 90 MPa and comparable to intact rock strength values of 95 to 149 MPa 
obtained from rock mechanical testing. The rock mechanical testing yielded unconfined rock 
strength values from 102 to 170 MPa for the Bonneterre Dolomite and 60 to 91 MPa for the 
Lamotte Sandstone. Given the above ranges, all of the rocks studied fell into the category of 
hard formations. The tensile strength of Lamotte Sandstone was the lowest at 3 MPa while that 
of the partial seal Bonneterre was highest at 5 MPa. The direct shear strength on fractured 
samples is illustrated in Figure 76. In Direct Shear testing, Davis had the greatest shear strength 
followed by Bonneterre, Derby-Doerun and Lamotte. The rock strength determined from 
correlations of compressive velocity logs gave lower values when compared with rock testing. 
One reason for this is that natural fractures, as seen in the cores, lower the compressive velocity 
of the rocks and hence lower the correlated value of rock strength. In addition, the fractures are 
significantly weaker both in shear strength and tensile strength than the intact material. 
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Table 12 Rock mechanical testing 

Formation Lithology 

Loading 
Relative 
to 
Bedding 

Average 
Tensile 
strength 
Brazilian 
tests 

UCS from 
uniaxial 
compression 
tests 

Horizontal 
stress  at 
failure    σ3 

Axial 
Stress 
at 
failure     
σ1 

E 50     ѵ 

UCS 
from 
triaxial 
tests 

Internal 
Angle of 
Friction 

      MPa MPa MPa MPa MPa   MPa ˚ 

Davis Shaly 
Dolomite Parallel 4.4 95.2             

Bonneterre Dolomite Parallel 5.3 168.4             
Lamotte Sandstone Parallel 3.4 59.1             

Davis Shaly 
Dolomite Normal     2.9 169.4 55.6 0.16 149 59 

Davis Shaly 
Dolomite Normal     10 218.2 46.4 0.41     

Bonneterre Dolomite Normal   

 

3.1 139 60 0.4 102 47 

Bonneterre Dolomite Normal     10 221.9 52.6 0.19     

Lamotte Sandstone Normal     3.5 105.4 23.8 0.36 91 48 
Lamotte Sandstone Normal     10 130.4 37.6 0.28     

 

 
Figure 76.  Direct fractured shear strength experiments (Kumar, 2012). 
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5. RESERVOIR STUDIES 
 

This section investigates the injectivity and storage capacity of the Lamotte Sandstone in 
Southwest Missouri by conducting reservoir simulation of two base case geological models of 
the Lamotte Sandstone. A set of reservoir simulation studies was conducted to investigate the 
benefits of performing water withdrawal during CO2 sequestration in saline aquifers by 
improving both storage capacity and CO2 injectivity.  Various factors affecting injectivity were 
studied including: formation thickness, porosity, formation heterogeneity (characterized by 
permeability variation and the vertical-to-horizontal permeability ratio), relative permeability, 
bottom hole pressure, and injection rate. The coupled reservoir simulation study utilized a 
Shared Earth Model for simulation of fluid flow through porous media and the optimized finite 
element discretization of the same earth model for geomechanical analysis of rock deformations 
caused by pore pressure increase from CO2 injection. This study mainly aims to determine the 
maximum sustainable pore pressure difference that does not yield uplift of the reservoir and 
overburden resulting in seismicity or fracturing of the cap rock that opens a pathway for escape 
of CO2 to overburden caused by CO2 injection into the reservoir. 

The reservoir study was conducted based on a three-dimensional, homogeneous base 
model using data collected primarily from the Shared Earth Model of Greene County and 
representing a shallow sequestration with a depth of approximately 550m to 650m, typical for 
the Lamotte Sandstone in southwestern Missouri. The grid represents an aquifer 800m long x 
800m wide x 57m thick. The aquifer was shallow sandstone with medium-low porosity (10%) 
and permeability (20 md). The initial mineral composition was 60% quartz, 2% calcite and 2% 
dolomite. Table 13 gives the base model input data. 

 Table 13  Base model input data  
Reservoir property SI unit 
Formation Top 595 m 
Formation Thickness 52 m 
Porosity 10 % 
Permeability  20 md 
Rock compressibility 1E-9 1/KPa 
Dry Bulk Modulus 12 GPa 
Matrix Bulk Modulus 40 GPa 
Young’s Modulus 30 GPa 
Poisson’s Ratio 0.25 
Reference pressure 4998 KPa 
Reference temperature 21.85 °C 
Sea level 376.83 m 
Maximum residual gas saturation 0.4 
Bottom hole pressure 8238 KPa 
BHP Gradient  12.85-14.84 KPa/m 
CO2 injection rate  19740 m3/day  
Water production rate 36.42 m3/day 
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CO2 injectivity is affected primarily by formation heterogeneity, injection rate, and 
formation thickness. A formation with high injectivity is relatively heterogeneous in 
permeability variation with a low vertical-to-horizontal permeability ratio and permeability 
increasing from top to bottom. Also, the thickness, porosity, BHP, and injection rate would be 
high. Less free phase CO2 becomes dissolved phase when water is withdrawn; therefore, special 
attention must be paid to CO2 stability. Generally, a certain degree of heterogeneity is desirable 
because it constrains the CO2 plume front and prevents CO2 from rising rapidly so that more 
CO2 is dissolved. The effects of porosity and relative permeability on CO2 sequestration are 
negligible when water is withdrawn simultaneously with CO2 injection. During this shallow 
simulation case with low temperatures in the reservoir, including or omitting chemical effects 
did not significantly change simulation results. 

5.1. Data for injection simulation 
Grid Specifications.  A corner grid model was generated from the previously upscaled 

geologic model with finer scale divisions in the expected Lamotte reservoir and imported into 
the RESCUE file format in the appropriate reservoir model software suite (GEM-
CMG/Eclipse). The entire model was made up of 461,970 grid blocks of 135 in x 118 in x 29 in 
I, J, and K directions. The depth range of the model was -474.37m minimum (top) to 313.34 m 
maximum (bottom) referenced to the mean sea level. However, these were the depths at 
locations other than the proposed injection site. Comprehensive model properties are shown in 
Figure 77. Populating the model with the various reservoir properties was done based on the 
well tops of the exploratory well identified at -417m from the geologic model. All 19 geologic 
units comprising Burlington, Grand Falls, Reeds Spring, Pierson, North View, Compton, Cotter, 
Jeff City, Roubidoux, Upper Gasconade, Lower Gasconade, Gutter, Eminence, Potosi, Derby-
Doerun, Davis, Bonneterre, and Lamotte formations as well as the Precambrian basement are 
included (Figure 77). All layers above the Derby-Doerun formation and the Precambrian are 
pinched out in the simulation model to reduce computational load.  

Fluid Properties. A trace component of C1 was included in the fluid stream to enable 
simulation of CO2 injection using the CMG-GEM compositional simulator. This trace 
component allowed for activation of computations necessary for injection calculation. However, 
with a component fraction of 0.001, the trace component was not expected to significantly 
affect the results of the simulation. Inclusion of the trace component also enabled critical PVT 
fluid modeling to be performed using the Winprop module of the software.  
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Figure 77.  3D representation of grid generated from Petrel® developed Shared Earth Model and exported in 
rescue format into CMG-GEM 
 
An evaluation of CO2 solubility at the proposed injection site was critical due to brine 
acidification resulting from dissociation of dissolved CO2 which was the principal geochemical 
driver associated with storage (Kumar et al. 2004; Ulker et al. 2007). A comprehensive 
regression analysis was conducted with baseline components of C1, CO2 and H20 in the 
Winprop PVT software to determine CO2 Henry’s constant for gaseous components in aqueous 
brines which provided an estimation of CO2 solubility at various pressures (Table 14). Initial 
brine salinity was determined from the Greene County water supply chemical analysis of the 
Springfield aquifer water which indicated NA+ and Cl+ combined composition of 50.8mg/L 
(Brookshire 1997). An oil-gas-water equation, using a multiphase series of flash tests from 
500psi to 4500 psi  using the Peng Robinson equation of state, was formulated using a reservoir 
temperature of 22°C to predict the solubility CO2 in brine over the full range of pressures 
expected to be encountered during the simulation. Fifty percent (50%) mole of reservoir 
gas/water and fifty percent (50%) mole CO2 were used in the flash calculation.  Based on the 
flash test results, the percent mole of CO2 in the aqueous phase at each of the five flash steps 
was extracted. These were then applied in a regression run for each individual step to determine 
a reference Henry’s constant and molar volume at infinite dilution for CO2. Notably, the trace 
component Henry’s constant was also calculated, but to prevent interference with the CO2 
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simulations, the Henry’s constant for the C1 component was set to 0 thus disabling its ability to 
be soluble in water and consequently affect the eventual simulation results. The regression run 
was validated to ensure absolute convergence and a fluid component dataset was subsequently 
exported to be used in all simulations (Table 15).  
 

Table 14 Model dimensions and grid block specification for all geologic model layers 
Geologic 

Layer 
Total # 
Blocks 

# 
Active 
Blocks 

# Null 
Blocks 

# Pinch-
out 
Blocks 

Total Block 
Volume 
(m3) 

Total Pore 
Volume 

(m3) 

Grid Top 
Minimu

m(m) 

Grid Top 
Maximum
(m) 

Comment 

Burlington 15930 7050 225 8655 5.99E+10 0.00E+00 -474.37 -312.54 Inactive 

Grand Falls 15930 4215 132 11583 1.13E+10 0.00E+00 -431.80 -287.88 Inactive 

Reeds Spring 15930 5800 177 9953 2.30E+10 0.00E+00 -434.91 -283.76 Inactive 

Pierson 15930 4494 112 11324 1.08E+10 0.00E+00 -434.44 -265.08 Inactive 

North View 15930 6145 165 9620 1.67E+10 0.00E+00 -434.65 -256.86 Inactive 

Compton 15930 3868 111 11951 5.39E+09 0.00E+00 -396.81 -254.57 Inactive 

Cotter 15930 7045 228 8657 7.02E+10 0.00E+00 -426.11 -243.73 Inactive 

Jefferson City 15930 7267 244 8419 1.15E+11 0.00E+00 -369.44 -181.27 Inactive 

Roubidoux 15930 7259 244 8427 9.65E+10 0.00E+00 -303.67 -147.66 Inactive 

Upper 
Gasconade 15930 7267 244 8419 3.09E+10 0.00E+00 -244.49 -91.00 Inactive 

Lower 
Gasconade 15930 7268 244 8418 1.40E+11 0.00E+00 -229.95 -48.75 Inactive 

Gutter 15930 6211 177 9542 1.89E+10 0.00E+00 -161.95 2.11 Inactive 

Eminence 15930 7268 244 8418 1.76E+11 0.00E+00 -147.74 17.28 Inactive 

Potosi 15930 7268 244 8418 5.73E+10 0.00E+00 26.95 124.95 Inactive 

Derby-
Doerun 15930 7268 244 8418 4.36E+10 3.05E+09 48.36 141.90 Active 

Davis 15930 7266 242 8422 1.02E+11 7.11E+09 72.36 164.63 Active 

Bonneterre 15930 7268 244 8418 9.45E+00 8.08E+09 154.38 178.12 Active 

Lamotte 175230 48850 1341 125039 1.08E+11 9.21E+09 206.38 308.65 Active 

Precambrian 15930 7268 244 8418 1.82E+11 0.00E+00 235.39 313.34 Inactive 

Full Grid 461970 166345 5106 290519 1.3611E+12 2.7443E+10 -474.37 313.34   

 

 

 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
107 
 

Table 15 Aqueous solubility constants derived via regression 

Aqueous solubility constants 

  Component 

  CO2 C1(Trace) 

Henry's Constant(kPa) 146274 0 

Reference Pressure(kPa) 23766.2 23766.2 

Vinfinity(m3/kgmole) 2.84E-02 3.51E-02 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 
 

Table 16 Fluid properties of all fluids to be used in reservoir 
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Fluid Properties  

  Component 

  CO2 C1(Trace) H20 

Crit. Pressure(atm) 7.28E+01 4.54E+01 217.6 

Crit. Temperature( K) 3.04E+02 1.91E+02 647.3 

Acentric factor 0.225 0.008 0.344 

Mol. Weight(g/gmole) 4.40E+01 1.60E+01 18.015 

Volume shift 0 0   

Compress. factor (Racket)     0.2338 

Crit. Volume(m3/kgmole) 9.40E-02 9.90E-02 0.056 

Crit. compress. factor     0.2338 

Crit. volume (viscosity)(m3/kgmole) 9.40E-02 9.90E-02   

Omega A 0.457236 0.457236   

Omega B 0.077796 0.077796   

Specific gravity (SG) 0.818 0.3 1 

Average normal boiling point (Tb)C  -78.45 -161.45 C 100 C 

Parachor 78 77 52 

Heating value(kcal/gmole)     0 

Enthalpy Coeff. A     -2.46342 

Enthalpy Coeff. B     0.457392 

Enthalpy Coeff. C     -5.25E-05 

Enthalpy Coeff. D     6.45E-08 

Enthalpy Coeff. E     -2.03E-11 

Enthalpy Coeff. F     2.36E-15 
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Reservoir Conditions. The reservoir conditions were referenced from the 1D MEM 
model developed for the CU sequestration site. An initial reference depth and pressure of 5826 
kPa was selected and matches the current pore pressure in the Lamotte Sandstone formation at 
its simulation model depth of 200m (below mean sea level). The water saturation of the aquifer 
was set to 0.9 with a water-gas contact of -103m (above mean sea level) indicating that the 
model was expected to be entirely filled with water. Being an active aquifer, it was be best to 
presume a continuous presence of water in the formation even though saturation calculations 
from logs indicated variation in the water saturation levels. The specified gas cap composition 
within this model did not influence the calculations because the water-gas contact was set at a 
level well above where CO2 injections and subsequent simulations would occur. Block 
saturation calculations were implemented based on the saturation calculated at the average 
depth of the grid block. Water properties such as compressibility, viscosity and density were 
determined at the reservoir reference pressure and also included in the fluid properties modeling 
input (Table 16). 
 

Table 17 Water properties 

Water Properties 

Density(kg/m3) 1021 

Compressibility(1/kPa) 3.20E-06 

Reference Pressure(kPa) 6895 

Viscosity(cp) 1.25 

 

 
Although residual gas saturation and relative permeability, including hysteresis for the 

flow of gas, were identified as being highly influential to the flow and subsequent storage of 
CO2 (Ozah et al. 2005), lack of core testing to determine these parameters meant assumptions 
had to be made. Relative permeability curves were generated using the Mohammad 
Ibrahim/Koederitz methods for water-wet sandstone formations (Yang et al. 2011) which were 
based on empirical correlations from numerous data sets. Based on this information, the residual 
gas saturations were set at 20% and, as such, the relative permeability of CO2 and brine could 
be characterized by the irreducible water saturation (Yang et al. 2011). Due to the intense 
computations coupled with the size of the models being run, hysteresis and capillary effects 
were not applied to the models for these simulation runs. Figure 78, Figure 79, and Table 18 
summarize the permeability curves and initial reservoir conditions as applied to the models at 
initialization. 
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Table 18 Model setup initial conditions 

Model Initial Conditions 

Reference Pressure(kPa) 5826 

Reference Depth(m) 200 

Water - Gas Contact(m) -103 

Water Saturation(Below WOC) 0.999 

*Vertical Depth average method with water/gas components and capillary pressure curves ignored 

 

Rock Properties. Petrophysical characterization based on available data was conducted 
as described in chapter 4. Variograms are an ideal method of populating the reservoir because 
they best represent its heterogeneity. However, this requires that the rock properties are 
available for numerous locations within the injection site. The site did not produce data for 
numerous locations; therefore variograms were not practical and an alternate approach was 
selected to simulate the variance in these properties.  The method involved conducting an 
extensive statistical analysis of the laboratory and 1D MEM data. 
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Figure 78.  Relative permeability curves (Yang et al. 2011) 

 
Figure 79.  Relative permeability curves (Yang et al. 2011) 

 

Different possible scenarios were generated and simulated using homogeneous models of 
statistically derived mean and median as well as the upper and lower values of the 95% 
confidence level values. The confidence levels were selected because they represent the most 
probable range of data from any given set of samples taken from the region. As no horizontal 
permeability tests were conducted by Miller (2011) on the actual injection site core samples, the 
kv/kh ratios were acquired from the earlier tests conducted by Boongrid et al. (2006). However, 
the vertical permeability values acquired from the injection site cores were applied to the mode.  
The porosity derived from both core tests and the 1D Mechanical Earth Models were closely 
matched. Further, the model was populated with statistical data from the logs which provided a 
more continuous set of data across an extended range of depths. The varied porosity and 
permeability values were only applied to the Lamotte and Bonneterre formations depending on 
the case being modeled (Table 19).  

The rock compressibility of the sandstone formations was set at 1E-9kPa to examine the 
pressure dependence of formation porosity.  Extensive temperature changes were not anticipated 
to result from CO2 injection and thus not considered in the subsequent simulations.  
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Table 19 Variation in rock properties applied to simulation runs 

 
Lamotte/ Bonneterre formation  rock property variation 

 
Case 1 Case 2 Case 3 Case 4 

 
Mean Median Median 95% CI Min Median 95% CI Max 

Kv(md) 130.00 6.12 2.27 20.48 
Kh(md) 102.65 7.95 5.35 17.74 
kv/Kh 1.27 0.77 0.42 1.15 
ϕ 0.09 0.10 0.10 0.10 

 

 

Mineralization Reactions. The mineral composition of the Lamotte Sandstone, 
examined in chapter 2, revealed an initial mineral composition of 60% quartz, 2% calcite and 2% 
dolomite representing the Lamotte formation. Six aqueous and mineral reactions were considered 
and modeled: 

REACTION NO.   1: CO2(aq) + H2O = (H+) + (HCO3-) 

REACTION NO.   2: (CO3--) + (H+) = (HCO3-) 

REACTION NO.   3: (OH-) + (H+) = H2O 

REACTION NO.   4: Quartz = SiO2(aq) 

REACTION NO.   5: Calcite + (H+) = (Ca++) + (HCO3-) 

REACTION NO.   6: Dolomite + 2 (H+) = (Ca++) + (Mg++) + 2 (HCO3-) 

 

Well Constraints, Placement and Flow Rates. Well constraints and flow rates were 
applied in the simulation model to ensure safe injections while maximizing injectivity potential. 
Fracture of the formation was not intended nor desired; therefore, the fracture pressure calculated 
in the wellbore and BHP constraints was applied to prevent this pressure being exceeded. 
Equation 18, developed by Kirsch (Jaeger and Cook 2007), was used to calculate this pressure. 
The pore pressure and stress were acquired from the previous regional stress model while the 
tensile strength of the Lamotte Sandstone was determined to be 3MPa from the laboratory 
Brazilian rock mechanical testing of outcrop samples collected from representative formations. 

 

𝑝𝑤,𝑚𝑎𝑥
𝑓𝑟𝑎𝑐 = 3𝜎ℎ − 𝜎𝐻 − 𝑝𝑓 + 𝑇0………………….……..…………..………..………..………. (18) 

Where  

𝑝𝑤,𝑚𝑎𝑥
𝑓𝑟𝑎𝑐  = Fracture initiation pressure (MPa) 
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𝑇0= Tensile strength of the rock (MPa)  

𝜎𝐻= Maximum horizontal stress at perforation depth (MPa) 

𝜎ℎ= Minimum horizontal stress at perforation depth (MPa) 

𝑝𝑓=Pore pressure at perforation depth (MPa) 

A calculated fracture pressure of 10.3MPA at the storage formation top was implemented 
in the simulation model as the BHP constraint to prevent potential fracture of the formation 
within the wellbore region. 

5.2.Parametric reservoir simulation of well completion strategy 
This parametric reservoir study primarily focused on the well completion strategy of CO2 

sequestration in shallow saline aquifers. Secondary objectives of this simulation study included 
investigating and evaluating the effects of formation anisotropy (heterogeneity), injection rate 
and brine removal on CO2 injectivity in shallow saline aquifers. This study utilized a closed 
volume, isothermal aquifer model and also investigated porosity and permeability changes due to 
mineralization, which were limited in the simulation time frame of 250 years. 

5.2.1. Aquifer Model Description  

Table 20 shows the aquifer properties of the field used in the simulation runs. The model 
had an area of 298 acres and an average thickness of 100m with initial pressure of 5585 KPa and 
a temperature of 28°C. The system was deemed isothermal during injection, and long term CO2 
fate modeling was considered. Adsorption of CO2 onto the rock surface and porosity and 
permeability changes resulting from geochemical reactions were not considered. Several 
scenarios such as the effects of brine withdrawal, well completion technique (orientation and 
perforation) and aquifer anisotropy (heterogeneity) were investigated using the greenhouse gas 
simulation software CMG-GHG (Computer Modeling Group - General Equation of State 
Model).  

 
Table 20  Aquifer properties input for simulation 

Grid Dimension  32x31x10 
Formation Tops (depth)  550 m 
No Layers  10 Layer 
Thickness  10m (each) 
Avg. Reservoir Permeability  150 md 
Permeability Range  100 – 200 md 
Porosity  0.18 
Avg. Pressure Gradient  10.154 kPa/m 
Reference Depth  550 m 
Initial Reservoir Pressure  5585 KPa 
Formation Temperature  28 °C Avg. 
Fracture Gradient  21KPa/m 
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5.2.2 Simulation Runs and Cases Considered  

Sensitivity analysis conducted during this study was categorized under five broad cases, 
labeled as Cases 1 through 5 as shown in Table 21. All cases considered in this study were 
selected based on a combination of critical factors. The factors considered in selecting Cases 1, 3 
and 4 included well orientation (vertical, deviated and horizontal), type of completion/layer 
perforation (all layer, top half, bottom half, vertical section only and horizontal section only and 
layer placement (top, middle and bottom for horizontal wells). Case 2 was selected based on 
different factors, namely number of producer wells (1 or 2), brine withdrawal duration (5 to 10 
years) and perforations (bottom and all layer). The method and strategy of executing each case 
(after case 1) was dependent upon the outcome of the preceding case. The results from different 
scenarios in the preceding case were evaluated, and the optimum scenario was selected and used 
to create the scenarios for consideration in running the next case.  

Table 21  Scenarios (cases) considered in sensitivity analysis. 

 

 

Case 1 – CO2 Injection without Brine Withdrawal. Several cases, sixteen (16) in all 
(1-a to 1-f6), were considered for the injection without brine withdrawal. Cases were broadly 
categorized into vertical (with all layer perforation), deviated and horizontal injector wells. 
Sensitivity analysis was conducted on the deviated and horizontal injector wells by further sub-
categorizing the deviated wells into different completion scenarios with all layers (ALP), top half 
(THP) and bottom half (BHP) layer perforations. The horizontal wells were sub-categorized into 
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six completion scenarios with layer placements (top, middle and bottom considered for all 
sections (ASP), both vertical and horizontal, and vertical sections (VSC) only perforations. All 
horizontal wells used in this study were 350m in length from heel to toe. 

  
Case 2 – Brine Withdrawal Sensitivity Analysis The best simulation run from Case 

1was selected and used to conduct sensitivity analysis and investigate the following sensitivity 
factors: number of producers, brine production period, types of completion (perforations), and 
vertical brine production wells. Overall, 8 cases (2-a to 2-h) were considered comprising 1 to 2 
brine production wells and a production duration range of 5 to 10 years. All layers (ALP) and 
bottom half (BHP) perforations were also considered for the perforation scenarios. The primary 
objective in running this case was to establish the best completion method and optimum brine 
withdrawal rate to prevent CO2 production through the brine producer wells. 

 
Case 3 - CO2 Injection with Brine Withdrawal After comparing all the simulation runs 

in the optimum brine withdrawal case (Case 2) the scenario with highest amount of CO2 injected, 
and no CO2 produced from the brine production wells, was selected for further analysis. 
Sensitivity analysis was conducted using all the injector wells in Case 1, with the optimum brine 
production well identified in Case 2, to investigate and determine the optimum CO2 
injection/brine production. The aquifer model used in simulation runs for Cases 1, 2 and 3 had an 
average horizontal and vertical permeability of 150md and 1.5md respectively, as well as initial 
and maximum injection pressures of 5,585 KPa and 10,800 KPa. Maximum CO injection and 
brine production rates were set at 100,000m3/day and 300m3 x 2/day/well (2 brine producers) 
with brine produced for 10 years. CO2  injection would be stopped after 25 years.  

 
Case 4 – Extended CO2 Injection with Brine Withdrawal Case 4 was necessitated by 

the results obtained from running Case 3. The same aquifer model and number of brine 
production wells in Case 3 were used in this case with the same aquifer properties:  initial and 
maximum injection pressure, maximum CO2 injection and brine production rates, and brine 
withdrawal duration of 10 years. The only difference between Cases 3 and 4 was that CO2 was 
injected for an extended period until the max injection pressure (90% of fracture gradient) or 
minimum CO2 injection rate was reached, whichever occurred first. Depending on the well 
completion method, which affects the pressure build up rate in the aquifer, CO2 was injected 
from 83 to 90 years.  

 
Case 5 – Sensitivity Analysis on Injection Rate, Aquifer Anisotropy (heterogeneity) 

and Well Placement This case involved sensitivity analysis on the effects of injection rate and 
aquifer anisotropy on CO2 injectivity for both vertical and horizontal wells. Initial injection rates 
of 100,000, 200,000 and 300,000m3/day and reservoir anisotropy factors including vertical 
permeability to horizontal permeability ratios (kv/kh) of 0.01, 0.1 and 1, were considered. Layer 
placement (top, middle and bottom) of horizontal wells in this study were also incorporated into 
the sensitivity analysis. A total of 18 cases were studied for each well type with brine withdrawal. 
The aquifer model and CO2 injection period used in case 4 were also used for case 5.  
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5.2.2. Simulation Results  

All results from the aforementioned simulations were based on a single injector well and 
a 25 year CO2 injection period for cases without brine withdrawal. Results obtained from cases 
with brine withdrawal were based on a range of brine production periods (5 to 10 years) and CO2 
injection periods of 20 and 90 years (extended injection). All simulation scenarios and their 
results are displayed in Tables 22 to 24. Cases 1 through 4 were based on a vertical permeability 
to horizontal permeability ratio of 0.1. 

Table 22 Cumulative CO2 injected, maximum injection pressure and time for all sub-cases in Cases 1, 3 and 
4. 
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Table 23  Cumulative CO2 injected for optimum brine withdrawal strategy (kv/kh = 0.1) 

 

Table 24  kv/kh ratio and injection rate effect on cumulative CO2 injected (HW vs. VW) 

 

Results from Case 1 (no brine withdrawal) in Figure 80 reveal the highest injectivity can 
be obtained with horizontal wells, especially if placed in the middle segment of the aquifer with 
the vertical section unperforated (Case 1-f4). The deviated and horizontal wells, with all sections 
(both vertical and horizontal) perforated, achieved the least injectivity at 6.5% (839 tonnes) less 
than case 1-f4. An average 1.3% (184 tonnes) additional CO2 was injected in Case 1-f4 when 
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compared to other top performing horizontal injector wells (Cases 1-f1, 1-f2 and 1-f6) and the 
3.2% (435 tonnes) for the vertical injector well (Case 1-a). These comparisons were based on a 
single injector well and an injection period of 25 years. The significance of these differences 
would be more obvious in a multi-injector well and extended injection period scenarios.  

 

Figure 80.  CO2 injected without brine production (kv/kh -0.1) 

 

 

Figure 81.  CO2 injected without brine production (kv/kh -0.1) 
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Figure 82.  Cumulative CO2 from injector and brine production wells 
 

Case 2 – The highest injectivity was achieved in Case 2 with a single CO2 injector, 2 
brine producers with bottom half (last 5) layers perforated and a 10 year brine production period 
(Case 2-a4) which is displayed in Figure 82. An optimum brine withdrawal rate of 
300m3/day/per well was obtained after a number of sensitivity analyses were conducted. Higher 
brine withdrawl rates and periods, beyond 10 tears, resulted in slightly higher CO2 injectivity but 
with much earlier CO2 breakthrough and significant CO2 production through the brine producing 
wells, especially in Cases 2-b2 and 2-b4 in Figure 82. Although Cases 2-a1 through 2-a3 showed 
negligible or no CO2 breakthrough in the brine producers, an average of 7.3x106 m3 less CO2, at 
reservoir conditions (RC), was injected over a period of 25 years when compared to Case 2-a4. A 
combination of low brine withdrawal rate, bottom half perforation of the brine producer and 
buoyancy prevented CO2 production because, by the time the CO2 plume got to the brine 
producers, it would have migrated upward to the unperforated top half.  

Case 3 – Comparing the best cases with highest injectivity in Figure 83, the amount of 
CO2 injected without brine withdrawal can be achieved in 25 folds with brine withdrawal. For 
example, for every tonne of CO2 injected without brine withdrawal, 25 tonnes could be injected 
in the same aquifer and time frame with brine withdrawal. Figures 85 and 86 show the aquifer 
pressure and CO2 injection rates for both cases respectively. The pressure build-up was rapid 
without brine withdrawal resulting in CO2 only being injected for a period of 2 years. In addition, 
due to the high initial aquifer pressure, the injection rate was much lower, whereas with brine 
withdrawal, the injection rate was much higher and the aquifer pressure much lower. The CO2 
plume after 2 years of injection, shown in Figure 86, also highlighted the advantage of brine 
withdrawal in enhancing and harnessing the potential of CO2 sequestration in shallow saline 
aquifers. It was observed that with brine withdrawal, the same amount (mass) of CO2 was 
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injected in all sixteen cases (3-a1 to 3-f6) considered irrespective of well placement and/or 
completion method as shown in Figure 87. This can be attributed to the injected CO2 filling the 
voidage (pore spaces) created by brine withdrawal. At this stage, the injected CO2 migrated and 
expanded to fill empty pore spaces in which changes in volume would be compensated by 
commensurate changes in density, while the mass of CO2 injected remained the same. Some of 
the injected CO2 that existed in super critical form would dissolve in brine, especially at the 
flood front where the pressure variation between CO2 and brine phases was greatest, as a result of 
CO2 expansion into pore spaces.  

 

Figure 83.  Injected CO2 best cases comparison (with and without brine withdrawal) 
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Figure 84.  Average reservoir pressure for best cases in 1 and 3 
 

 

Figure 85.  CO2 injection rates for best cases in 1 and 3 
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Figure 86.  CO2 global mole fraction after 2yrs of CO2 injection (with and without brine production 
respectively) 
 

Case 4 – In the case of extended injection (83-90 years) where CO2 was injected until the 
maximum allowable bottom hole pressure in the aquifer was reached, two out of the sixteen 
cases considered showed higher injectivity (Figures 83-86). These were the vertical well (Case 
4a) and the horizontal well placed in the bottom section of the aquifer with the horizontal 
sections perforated (Case 4-f6). In Case 4-f6, 7.3% more CO2 was injected compared with Case 
4a. The lower pressure and slower pressure build up over the same time frame resulted in a 
longer time to reach the maximum allowable bottom hole pressure, and consequently, more CO2 
was injected (Figure 87). This trend, however, was for a kv/kh value of 0.1 (Figure 88).  

 

Figure 87.  Cumulative CO2 for 25 years and extended (20-90 years) injection 
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Figure 88.  Average reservoir pressure for cases 4a to 4-f6 (kv/kh - 0.1) 
 

Case 5 – In horizontal injector wells, anisotropy (heterogeneity) did not have a 
significant effect on CO2 injectivity if there was no brine withdrawal, as there was a slight (1%) 
decrease in the amount of CO2 injected as anisotropy decreased from 1 to 0.01 (Figure 89). 
However, injecting in a vertical well indicated that anisotropy effect was more pronounced as 
CO2 injectivity increased. Increases in anisotropy revealed an 8% rise in the amount of CO2 
injected as kv/kh changed from 1 to 0.01. In the brine withdrawal case with a 25-year CO2 
injection period, anisotropy effect was negligible (Figure 90). Although a trend was visible, the 
change in the amount of CO2 injected as anisotropy changed was less than 0.01%.  

 

Figure 89.  Anisotropy (heterogeneity) effect on CO2 injectivity (without brine production) 
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Figure 90.  Anisotropy (heterogeneity) effect on CO2 injectivity (with brine production and 25 year CO2 
injection) 
 

 

Figure 91.  Anisotropy (heterogeneity) effect on CO2 injectivity (with brine production and extended [83-90 
year] CO2 injection) 
 

With extended CO2 injection (83-90 years), injectivity decreased significantly with an 
increase in anisotropy (heterogeneity) for horizontal wells (Figure 91). In vertical wells, there 
was an initial decrease in injectivity with an increase in anisotropy, but the trend reversed as the 
kv/kh ratio decreased below the 0.1 mark. The result was a 116% increase in the amount of CO2 
injected in the vertical well compared with the horizontal well for kv/kh ratio of 0.01. This trend 
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may be attributed to the severe restriction in the vertical migration, voidage access/availability 
and distribution of CO2 to other parts of the aquifer as a result of the very tight vertical 
permeability and limited voidage availability experienced when injecting in horizontal wells. 
However, achieving higher efficiency injecting in the vertical wells only required good 
horizontal permeability and fewer CO2 migration restrictions which is the case with low kv/kh 
ratios. Considerably higher vertical permeability (relatively more homogeneous aquifer) was 
required for horizontal wells to be efficient (Figure 92).  

 

Figure 92.  Effect and interplay of aquifer anisotropy (heterogeneity) and injection rate on CO2 injectivity 
 

Anisotropy Effect on Aquifer Pressure during CO2 Injection  Examining the effects 
of aquifer anisotropy (heterogeneity) on the prevailing pressure in the aquifer during CO2 
injection revealed that the vertical well was more efficient than the horizontal well in highly 
homogeneous shallow aquifers (kv/kh = 1) as displayed in Figure 93. Even greater efficiency 
was noted in highly heterogeneous shallow aquifers (kv/kh = 0.01). In the vertical well, 11% 
more CO2 was injected at kv/kh = 1 and 116% more at kv/kh = 0.01 compared with the 
horizontal well. However, 9% more CO2 was injected in the horizontal well versus the vertical 
well at kv/kh = 0.1. At the end of the 90-year CO2 injection period, the pressure in the highly 
heterogeneous aquifer was still considerably lower at 7,416 KPa (74% of the maximum 
allowable pressure). However, for both the highly homogeneous and “moderately” 
heterogeneous aquifer (kv/kh = 0.1), the pressure was slightly higher with the vertical well 
versus the horizontal well at the end of CO2 injection. This meant more CO2 could still be 
injected with the vertical well according to the injection rate profiles shown for both well types 
(Figure 94). In addition, the injection rate in the vertical well declined much slower than the 
horizontal well. CO2 injection into the horizontal well stopped after 43 years due to a constraint 
violation (minimum injection rate), whereas injection into the vertical well was intentionally 
stopped after 90 years.  
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Figure 93.  Anisotropy (heterogeneity) effect on aquifer pressure during CO2 injection (kv/kh =1 to 0.01) 
 

 

Figure 94.  Aquifer anisotropy (heterogeneity) effect on CO2 injection rate (VW vs HW) (kv/kh =0.01) 
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The CO2 injection rate profile was similar to that in Figure 95 for the moderately 
heterogeneous aquifer (kv/kh =0.1), except CO2 injection in the vertical well was terminated 
approximately 5 years earlier than the horizontal well. As a result, more CO2 was injected in the 
horizontal well at this kv/kh value. The CO2 injection rate profile (Figure 96) for the highly 
homogeneous aquifer (kv/kh =1) was a complete departure from the other two degrees (kv/kh = 
0.1 and 0.01) of aquifer anisotropy (heterogeneity). The injection rates for both well types 
increased for the last 5 years of injection after being stable for the first 15 years and then 
declined very rapidly when the maximum allowable bottom-hole pressure was reached after 20 
years of injection. The increasing injection rates were attributed to absence of directional flow 
restriction to the propagation of injected CO2. However, the effect of variation in horizontal 
permeability on injection rates and consequent CO2 injectivity has yet to be investigated.  

 

Figure 95.  Aquifer anisotropy (heterogeneity) effect on CO2 injection rate (VW vs HW) (kv/kh =0.1) 
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Figure 96.  Aquifer anisotropy (heterogeneity) effect on CO2injection rate (VW vs HW) (kv/kh =1) 
 

Effects of Injection Rate on CO2 Injectivity Increases in injection rates resulted in 
increases in the amount of CO2 injected as shown in Figure 96; however, the incremental amount 
of CO2 injected decreased as injection rates increased for all values of the kv/kh ratio. Increasing 
the injection rate from 100k m3/day to 200k m3/day, and from 200k m3/day to 300k m3/day 
resulted in a 17% and 9% increase respectively in the amount of CO2 injected at kv/kh ratio =1. 
The same “law of diminishing return” was observed for kv/kh ratios of 0.1 and 0.01. This 
indicated that a critical injection rate would be reached without any significant increase in the 
amount of CO2 injected as a result of economical or operational constraints. Increasing the 
injection rate also reduced the influence of aquifer anisotropy (heterogeneity) on CO2 injectivity. 
Generally, the amount of CO2 injected decreased as aquifer anisotropy increased,i.e. as kv/kh 
varied from 1 to 0.01 for all injection rates considered, but the percentage decrease in the amount 
of CO2 injected reduced as the injection rate increased. This can be seen in the slopes of the plots 
which reduced with an increase in the injection rate (Figure 97). Figure 19 shows this trend more 
clearly. The amount of CO2 injected reduced by 71%, 32% and 9% for CO2 injection rates of 
100k m3/day, 200k m3/day and 300k m3/day respectively as the kv/kh ratio varied from 1 to 0.01 
for all injection rates. The same trend was observed in vertical wells.  
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Figure 97.  % Change in CO2 injected for 100k m3/day, 200k m3/day and 300k m3/day injection rates for 
kv/kh between 1 to 0.01 (negative sign indicates less CO2 injected) 
 

Placing and/or completing the CO2 injector well in the lower section of the aquifer 
resulted in lower pressure and slower pressure build up in the aquifer which can be considered a 
form of mitigation for CO2 leakage through the cap rock. This was potentially attributed to more 
CO2 being trapped in the pore spaces and dissolving in the brine as it migrated upward due to 
buoyancy. Consequently less CO2 reached the uppermost section of the aquifer closest to the cap 
rock, and less pressure was exerted on the cap rock. The horizontal injector wells placed and/or 
completed at the bottom layers of the reservoir exhibited this common lower aquifer pressure 
profile over time compared to those placed and/or completed in the upper layers for a kv/kh 
value of 0.1 as seen in Figure 10. Low salinity and contamination made the possibility of brine 
withdrawal from a shallow aquifer a rather attractive and relatively safe option for CO2 
sequestration since more CO2 could be stored as trapped residual gas which is one of the safest 
means of storage without the possibility of leakage through the cap rock. Once a thorough cap 
rock leakage risk and efficiency assessment has been conducted on an aquifer, a more informed 
and perhaps better decision can be made regarding which well completion method should be 
used.  

The potential of CO2 storage in a shallow saline aquifer was greatly enhanced and 
harnessed with brine withdrawal. Well orientation was important in mitigating the risk of CO2 
leakage through the cap rock in the shallow aquifer as well as simultaneously optimizing CO2 
injectivity. This was achieved with the use of a horizontal injector well, placed and completed in 
the bottom of the aquifer with only the horizontal section perforated for a moderately 
heterogeneous aquifer (kv/kh value close to 0.1), or a vertical well for a highly heterogeneous 
aquifer (kv/kh value close to 0.01). This resulted in lower pressure and a lower pressure build up 
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rate in the aquifer. Aquifer anisotropy (heterogeneity) played a critical role in CO2 injectivity 
both with and without brine withdrawal scenarios, but this was more apparent with brine 
withdrawal. However, in horizontal injector wells, aquifer anisotropy did not have a significant 
effect on CO2 injectivity if there was no brine withdrawal. Vertical wells proved to be more 
efficient with brine withdrawal, especially in a highly heterogeneous aquifer (kv/kh value close 
to 0.01). This was attributed to the aquifer pressure being much lower, at about 74% of the 
maximum allowable pressure, after the minimum injection rate had been reached. This meant 
more CO2 could be injected.  

Selective perforation of both CO2 injector and brine producer wells, especially at the 
lower layers, helped in eliminating or at least mitigating CO2 production through the brine 
producer wells and also reduced the risk of CO2 leakage through the cap rock as a result of 
excessive pressure build up in the aquifer. Increasing the injection rate to the optimum level 
allowed by both economic and operational constraints reduced the negative effect of aquifer 
anisotropy (heterogeneity) on the amount of CO2 injected in the aquifer.  

5.3.Reservoir Simulation Verification Study 
A verification study of the obtained results was performed to investigate whether 

omitting chemical reactions would change the conclusions on well placement, storage volumes 
and the factors effecting CO2 injection. A secondary objective was to understand how brine 
removal or water withdrawal could improve CO2 storage for shallow CO2 sequestration. This 
study examined whether CO2 could be injected into the Lamotte Sandstone at the current stage 
with water withdrawal and how reservoir properties and operation rate affect CO2 storage 
capacity and injectivity during water withdrawal.  

Based on the findings from the simulations, water withdrawal simultaneously with CO2 
injection was investigated as a means to optimize CO2 storage capacity. Due to the shallow depth 
and low temperature of the formation, the CO2 injected would not initially be supercritical. 
Water withdrawal prior to or simultaneously with CO2 injection may improve storage capacity.  
Other factors studied that were directly related to CO2 storage capacity and injectivity included: 
formation thickness, porosity, permeability variation (Vk), formation anisotropy (kv/kh), relative 
permeability, fracture pressure gradient, and injection or withdrawal rate. The factors studied in 
the sensitivity analysis included: formation thickness, porosity, formation heterogeneity 
(characterized by permeability variation and the vertical-to-horizontal-permeability ratio), 
relative permeability (described by Swi), bottom hole pressure, and injection rate.  

5.3.1. Model Description 

The CMG-GEM simulator (Computer Modeling Group - General Equation of State 
Model) was used in the study to simulate all the important mechanisms of the gas injection 
process such as phase transition, geochemistry, and thermal features. The model for this study 
included the effects of residual gas trapping, CO2 solubility, and mineralization reactions. 
Results of this commercial simulator were cross checked with results of another commercial 
reservoir simulator, Eclipse 300, being used for the coupled geomechanical analysis part of this 
study and showed that the results were in accordance with each other.  
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Base Case  This study built a three-dimensional homogeneous base model on data 
collected primarily from the Shared Earth Model over Greene County (Table 25). The model 
comprised a Cartesian grid of 40 ×20 ×10 in the I, J, and K directions. The grid represented an 
aquifer 800m long, 800m wide and 57m thick (Figure 98). The aquifer was shallow sandstone 
with medium-low porosity (10%) and permeability (20 md) as shown in the Table 25. Table 26 
lists some simple mineral reactions considered here. The initial mineral composition was 60% 
quartz, 2% calcite and 2% dolomite. 

Table 25 - Base model input  
Reservoir property SI unit Field unit 

Formation Top 595 m 1952 ft 

Formation Thickness 57 m 187 ft 

Porosity 10 % 
 

Permeability  20 md 
 

Rock compressibility 1E-9 1/kPa 
 

Dry Bulk Modulus 12 GPa 
 

Matrix Bulk Modulus 40 GPa 
 

Young’s Modulus 30 GPa 
 

Poisson’s Ratio 0.25 0.25 

Reference pressure 4998 kPa 
 

Reference 
temperature 21.85 °C 595m-21.85; 

652m-22.39 

Sea level 376.83 m 1236.32 ft 

Maximum residual 
gas saturation 0.4 

 

Bottom hole 
pressure 8238 kPa 

 

BHP Gradient  12.85-14.84 
kPa/m 0.568-0.656 psi/ft 

CO2 injection rate  19740 m3/day  40 tons/d 

Water production 
rate 36.42 m3/day 40 tons/d 
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The model had a closed boundary representing low-permeability sealing layers. A CO2 
injector and a water producer were placed on each side. The CO2 was injected at the maximum 
rate of 40 tons/day with all aquifer layers perforated. Water was produced simultaneously at the 
same rate with only the bottom three layers perforated to avoid early CO2 production from the 
top layers as CO2 tends to move upward in the formation due to buoyancy (Figure 99). The water 
producer was shut in immediately before CO2 breakthrough. Initially, the CO2 injection rate was 
a constant 40 tons/day; it then decreased to maintain reservoir pressure within the limit. Injection 
ceased when no more CO2 could be injected.  

Table 26 - Mineral reactions in the model 
Aqueous reactions 
1 H2O = H+ + OH- 
2 CO2 + H2O = H+ + HCO3- 
3 CO2 + H2O = 2H+ + CO32

- 
Mineral reactions 
1 Calcite + H+ = Ca2

+ + HCO3
- 

2 Dolomite + 2H+ = Ca2
+ + Mg2

+ + 2HCO3
- 

3 Quartz = SiO2(aq) 
 

 

 

 

 
Figure 98.  Cartesian grid model of reservoir 
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Figure 99.  Perforation of injector and producer 
     

In addition to the base model, a second model was built with no water withdrawal. Two 
cases were then compared for their effects on CO2 injection rate, injection time, CO2 storage 
capacity, and stable CO2. The latter two factors were evaluated based on the cumulative amount 
of CO2 injected and the amount of CO2 that could be stored in liquid or solid phase rather than 
free phase.  

 

 

 

 

 

 

 

 

 

 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
134 
 

134 
 

 

Table 27 - Simulation input for sensitivity study 
Input  

Parameters Variation Base values 

1 Formation thickness ±20% 57 m 45.6   57  68.4 

2 Porosity ±20% 10% 8%  10%  12%  

3 Permeability variation, vk 
 

0 0  0.3  0.6 

4 Anisotropy, kv/kh 
 

1 0.01  0.1  1 

5 Swi (relative permeability) ±20% 20% 16%  20%  24% 

6 BHP pressure gradient ±7.2% 13.845 kPa/m 12.85 13.845 14.84 

7 Operation rate ±20% 40 tons/d 36  40 48 

Output  

1 Storage capacity (%pv) VCO2/Vpore 

2 Injectivity Average injection rate 

3 Stable CO2 (VCO2 – VfreeCO2)/VCO2 

 

Sensitivity Case Studies Formation properties and injection rate or production rate are 
important factors that can directly affect CO2 sequestration potential. Each factor was set with a 
20% variation and then compared with the base case in storage capacity, stable CO2, and 
injectivity to investigate how these factors affected CO2 storage with simultaneous water 
withdrawal. The exception was bottom-hole pressure for which the gradient was set within 80% 
of the common fracture pressure gradient of 0.71-0.82 psi/ft (Ecomomides, 2000). The injectivity 
was characterized by the average injection rate in the first ten years when no CO2 breakthrough 
occurred in any case. 

Table 27 lists all the input and output parameters studied. Permeability variation (Vk) 
was characterized by the Dykstra-Parsons coefficient which represents the vertical heterogeneity 
of the formation. This parameter was set at 0.3 for medium heterogeneity and at 0.6 for strong 
heterogeneity based on a mean permeability of 20md. Four cases were studied: two with 
permeability decreased from the bottom layer to the top layer and two with reversed permeability 
(Table 28).   
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Table 28 - Data on permeability of each layer for permeability variation cases 
Vk 0/base 0.3 0.3 reverse 0.6 0.6 reverse 

Layer1, md 20 11.52 30.06 4.10 48.28 

Layer 2, md 20 13.47 28.77 6.14 43.11 

Layer 3, md 20 15.09 24.58 8.22 28.79 

Layer 4, md 20 16.63 21.95 10.54 21.52 

Layer 5, md 20 18.20 19.92 13.30 16.78 

Layer 6, md 20 19.92 18.20 16.78 13.30 

Layer 7, md 20 21.95 16.63 21.52 10.54 

Layer 8, md 20 24.58 15.09 28.79 8.22 

Layer 9, md 20 28.77 13.47 43.11 6.14 

Layer 10, md 20 30.06 11.52 48.28 4.10 

Mean, md 20 

 

Relative permeability was studied by varying the irreducible water saturation. The 
relative permeability curve was generated using the Mohamad Ibrahim/Koederitz methods for 
water-wet sandstone formation (the Relative Permeability Suite program; Figure 22). The 
irreducible water saturation for a strong water wet medium is usually greater than 20%, whereas 
that of an oil wet medium is generally less than 15% (Craig, 1971). Since the Lamotte formation 
is water wet, a base value of the irreducible water saturation was set at 20%.  

 

 

 

 

 

 

 

 

 

Figure 100.  Relative permeability curve generation 

http://web.mst.edu/~koe/krmenu.ZIP
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5.3.2. Water Withdrawal Effect  

Two scenarios were investigated, one with simultaneous water withdrawal and one with 
no water withdrawal. Figure 101 and 102 compare the CO2 injection rate and cumulative CO2 
injected in both cases. Table 29 lists the related values of both cases including: cumulative CO2 
injected (expressed in percent pore volume), percentage of stable CO2, CO2 injection rate, 
average formation pressure at the tenth year and feasible high-rate CO2 injection time.  

 
Figure 101.  CO2 injection rate vs. time for base case with and without water withdrawal 
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Figure 102.  Cumulative CO2 injected vs. time for base case with and without water withdrawal 
 

Table 29 - Simulation results for base cases 

Case 
CumINJ, 

 % PV 

Stable CO2, 
% 

InjRate at 10th 
year, m3/day 

AvePressure at 
10th year, kPa 

Feasible injection 
time, year 

Base withdrawal 5.32 17 16049.6 8087 13 

No withdrawal 0.18 36 2.04 8413 1 

 

As shown in Figures 101 and 102 and Table 29, more CO2 could be injected at higher 
rates over a longer period when there was water withdrawal because water withdrawal released 
formation pressure, thus slowing the pressure build up. The cumulative amount of CO2 injected 
in the water withdrawal case was about 30 times that of the case with no water withdrawal, and 
the injection period was 13 times that of the case without withdrawal. These results indicated that 
water withdrawal greatly improved CO2 storage capacity and injectivity. However, a smaller 
fraction of CO2 presented as liquid or solid phase when water was withdrawn because CO2 is 
lighter, so less of it was dissolved under lower formation pressure. The low formation pressure 
was also related to the shallowness of the aquifer. Further study could determine which factor 
affects the amount of CO2 that can be safely stored.  

5.3.3. Sensitivity analysis 
Carbon dioxide storage capacity and injectivity were closely related to formation 

properties and CO2 injection rate. When water was withdrawn, the pressure profile and CO2 
distribution changed accordingly. Additionally, the factors that dominated CO2 storage potential 
were possibly different from those that dominated when water was not withdrawn. A sensitivity 
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analysis evaluated the following factors and variations to understand their effects on CO2 
sequestration under water withdrawal conditions:  

1) Thickness (±20% variation) 
2) Porosity (±20% variation) 
3) Vk (0, 0.3, 0.6) 
4) Kv/Kh (0.01, 0.1, 1) 
5) Swi (±20% variation) 
6) BHP gradient (±7.2% variation) 
7) Operation rate (±20% variation) 

 

Table 30 - Simulation results for sensitivity analysis cases 

Case Breakthrough 
time, yr 

CumINJ, 
% PV 

TotalCO2, 
E9 mole 

FreeCO2, 
E9 mole 

StableCO2, 
% 

InjRate, E8 
mole/yr 

Base 13 5.32 3.40 2.81 0.17 2.55 

Thickness-high 16 5.47 4.18 3.50 0.16 2.60 

Thickness-low 11 5.03 2.56 2.07 0.19 2.23 

Porosity-high 16 5.43 4.15 3.46 0.17 2.57 

Porosity-low 10 5.13 2.62 2.14 0.18 2.54 

Vk-0.3 reverse 11 3.80 2.42 1.96 0.19 2.13 

Vk-0.3 25 10.07 6.43 5.43 0.16 2.62 

Vk-0.6 reverse 15 2.93 1.86 1.48 0.20 1.22 

Vk-0.6 41 16.46 10.53 8.80 0.16 2.66 

Kv/Kh-0.01 44 14.26 9.12 7.55 0.17 2.02 

Kv/Kh-0.1 31 11.83 7.56 6.22 0.18 2.33 

Swc-high 13 5.31 3.39 2.78 0.18 2.55 

Swc-low 13 5.31 3.38 2.81 0.17 2.55 

FG-high 13 5.34 3.47 2.87 0.17 2.63 

FG-low 13 5.24 3.24 2.67 0.18 2.42 

Rate-high 13 5.31 3.39 2.80 0.17 2.72 

Rate-low 13 5.34 3.34 2.76 0.17 2.09 
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Table 30 and Figures 103 to 113 list the effects of each factor on the CO2 storage 
potential in Missouri shallow aquifers including: CO2 breakthrough time, total CO2 injected, CO2 
injection rate, and the amount of liquid and solid CO2. Figures 110 to 113 show the relative 
influence of each factor on CO2 storage potential.  

 

 
Figure 103.  Effect of thickness on CO2 sequestration with water withdrawal 

 

 
Figure 104.  Effect of porosity on CO2 sequestration with water withdrawal 
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Figure 105.  Effect of Vk on CO2 sequestration with water withdrawal 
 

 
Figure 106.  Effect of Vk-reverse on CO2 sequestration with water withdrawal 
 

 

 
Figure 107.  Effect of kv/kh on CO2 sequestration with water withdrawal 
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Figure 108.  Effect of Swi on CO2 sequestration with water withdrawal 

 

 
Figure 109.  Effect of BHP on CO2 sequestration with water withdrawal 
 

 

 
Figure 110.  Effect of injection rate on CO2 sequestration with water withdrawal 
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Figure 111.  Effect of all factors on CO2 storage capacity 
 

 
Figure 112.  Effect of all factors on CO2 injectivity 
 

 
Figure 113.  Effect of all factors on stable phase CO2 stored 

 

Figures 103 to 113 reveal that formation thickness and porosity had little effect on CO2 
storage capacity and injectivity with water withdrawal; their impact was mainly on CO2 
breakthrough time. CO2 storage capacity increased as the formation became thicker, but it 
decreased as porosity increased because the CO2 then moved faster, decreasing breakthrough 
time so less CO2 could be stored. 
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Formation heterogeneity significantly affected all the outputs as it controlled the 
movement of CO2. Generally, when formation permeability was lowest on top and gradually 
increased towards the bottom, more heterogeneity extended breakthrough time and improved 
CO2 storage capacity due to slowed lateral mitigation of CO2; whereas the reverse case had the 
opposite effect (Figure 114-120).  As for vertical-to-horizontal permeability ratios (kv/kh), 
increased heterogeneity benefited breakthrough time and CO2 storage capacity but resulted in 
decreased injectivity (Figure 107 and Figures 119-120).  An optimal kv/kh value fell between 
0.01 and 1 for CO2 storage capacity (Figure 107). In contrast, irreducible water saturation and 
porosity affected CO2 storage capacity and injectivity slightly when water was produced 
simultaneously with CO2 injection (Figures 112-113). 

 
Figure 114.  CO2 distribution prior to breakthrough for homogenous case 
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Figure 115.  CO2 distribution prior to breakthrough for case with moderate heterogeneity in Vk 
(permeability increasing from top to bottom) 
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Figure 116.  CO2 distribution prior to breakthrough for case with moderate heterogeneity in Vk 
(permeability decreasing from top to bottom) 

 
Figure 117.  CO2 distribution prior to breakthrough for case with high heterogeneity in Vk (permeability 
increasing from top to bottom) 
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Figure 118.  CO2 distribution prior to breakthrough for case with high heterogeneity in Vk (permeability 
decreasing from top to bottom) 

 
Figure 119.  CO2 distribution prior to breakthrough for case with moderate heterogeneity in kv/kh 
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Figure 120.  CO2 distribution prior to breakthrough for case with high heterogeneity in kv/kh 
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CO2 injectivity was dominated by formation heterogeneity, injection rate, and formation 
thickness. It increased with increasing permeability variation with an ideal permeability setting, 
injection rate, and formation thickness, and decreasing vertical-to-horizontal permeability ratio. 
The impact of all the other factors was less than 5%.  

CO2 phase was affected mainly by permeability variation, formation thickness, and porosity. 
Less free CO2 occurred in cases with strong heterogeneity, decreased permeability from top to 
bottom, thinner formation, and lower porosity. 
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6. EXPERIMENTAL EVALUATION OF SEALANT MATERIALS 
 

The primary concern with CO2 sequestration is the generation of fractures or fracture 
reactivation caused by CO2 injection into the cap rock. A sealing material can be injected to seal 
fractures and faults, but it must have certain properties to reduce fracture permeability. The 
sealing material must withstand the differential pressure caused by the elevated CO2 pressure in 
the reservoir and must also be stable and stay in place in the fracture over a long time period. 
Therefore, the long term stability of the sealing materials exposed to CO2 must be addressed 
from a pressure differential point of view as well as chemical stability when exposed to CO2. In 
addition, investigation of continuous CO2 injection is required to determine if sealed fractures 
will remain impermeable, even with continuous deformation on the fracture, and whether filled 
fractures will maintain the actual fracture strength. 

6.1.The Ability of Sealing Agents to Reduce Fracture Permeability 
In order to measure the change in fracture permeability before and after sealing, intact 

permeability was calculated for one inch diameter cores drilled out of the Lamotte Sandstone, 
Bonneterre limestone, Davis Shale and Derby-Doerun Shaly Dolomites. First, the intact core 
permeability was measured in the high pressure, high temperature core flooding apparatus 
developed for this project. The laboratory setup is shown in Figure 121 and Figure 122.  A 
syringe pump pressurized the transfer cylinders (upright steel cylinders in Figure 121) before the 
gas or liquid was filtrated prior to entering the core holder (horizontal steel cylinder in Figure 
121). The pressure drop was measured over the core holder, and the gas and fluids were 
separated in the separating beaker (Figure 121). Outlet gas flow was measured and outlet liquid 
flow was diverted to either a 0.25lb scale or a 5lb scale depending on expected flow rate. The 
core holder was mounted inside a constant temperature cabin to ensure fluid densities were not 
affected by temperature. The test apparatus had capabilities for elevated temperatures which 
were not used in these experiments. Carbon Dioxide (CO2) was utilized for the gas permeability 
testing and four weight percent of Potassium Chloride (KCl) brine was used for the liquid 
permeability testing.  The confining pressure was set at 1500psi and flow rates ranged from 0.5-
3.0mL/min for the liquid permeability tests. Flow rates of the gas permeability tests ranged from 
0.5-5.0mL/min. Details about the experimental setup are provided in Appendix C. 
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Figure 121.  Schematics of the core flooding apparatus for intact and fracture permeability tests. 
 

After the intact permeability was measured, the core was cut in half to create an artificial 
fracture of 9.5mm high and 0.5mm wide along the whole core length. The core was then inserted 
back into the core holder, and fracture permeability was measured with a flow rate of 1.0 to 2.0 
mL/min. The detailed experimental procedure for sample preparation is found in Appendix 2. 
The next set of experiments involved vacuuming the cores using the core flooding system and 
then saturating the cores with 4% KCl brine before CO2 was injected until brine flow ceased. 
The fractures were then sealed with various sealants to evaluate the efficiency of different 
materials in sealing fractures. Table 31 lists the experiments performed to determine the most 
effective sealing agent and to investigate the influence of formation type or fracture width on the 
sealant’s ability to reduce permeability. Four types of sealing agents were tested for the various 
formations and fracture widths: paraffin wax, silica gel, polymer gel, and FonduTM micro-
cement. 
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Figure 122.  A) The core flow cylinder and experiments are mounted inside a constant temperature cabinet. 
B) Liquid and gas separation beaker and weight measurements are shown. 
 
 
Table 31 Fracture filling experiment matrix. 

 
 
 

A B
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The results of the final permeability tests conducted in the core flooding apparatus are 
displayed in Table 32 and Figure 123. The intact relative permeability was measured for all 
materials. The fracture permeability was measured after injecting polymer into the fracture of the 
Lamotte Sandstone. The results show that the permeability of CO2 is typically 5 to 10 times less 
than brine in a brine filled reservoir. The same trend can be seen for the cap rock formations as 
well. Table 6 shows the residual brine concentration in the sandstone is 33% compared to 57% 
and 79 % for the Bonneterre and Davis formations respectively.  

 

 
Figure 123.  A) Gel strength versus concentration for the silica gel B) Gel strength versus concentration for 
the polymer based gel 
 

Table 32 displays the experimental results for the fracture sealing agent permeability tests 
for the Lamotte Sandstone (SS), Bonneterre dolomite (BT), and Davis and Derby-Doerun (DDR) 
formations.  The average intact permeability for both CO2 and KCl brine are shown in the kbefore 
column. The permeability of the sealed fracture is shown in the kafter column. In order to evaluate 
the effect of sealing agent injection, the fracture sealing ratio (Frr) was determined by dividing 
the calculated fracture permeability by the measured permeability after sealant injection. A high 
fracture sealing ratio (Frr) indicated a more efficient sealing agent.  
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Table 32  Experimental results of fracture permeability before and after sealing agents were injected. Kbefore 
is intact permeability before sealant additive was injected into the fracture. Kafter is fracture permeability 
after sealant was injected. Frr is the ratio of fracture permeability with and without sealant. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

Among the four sealing agents tested, the recorded Frr values for the Marcit polymer 
sealant were between 2,077 and 133,766 for CO2 injection (partially brine saturated with 0.5mm 
fracture width), and from 274 to 8,874 for KCl injection (fully saturated with 1.0mm fracture 
width). The paraffin wax Frr values were 68,667 for CO2 injection and 72 for KCl injection. The 
reported silica gel Frr value was 2,225 for KCl injection. In contrast, the cement Frr values were 
1,391,892 to 2,575,000 for CO2 injection (partially saturated with 0.5mm fracture width), and 
41,532 to 57,618 for KCl injection (fully saturated with 0.5mm fracture width). Of the four 
sealing agents tested, the fractures injected with cement obtained the highest Frr values and 
therefore displayed the greatest reduction in fracture permeability. The second highest Frr values 
were observed in a fracture injected with the Marcit polymer.  

Type Name Fluid kbefore [md] R2 Swr Porosity Plugging Agent kafter [md] R2 Frr 

SS 

1.1 
CO2 1.82 96% 0.33 

16% Marcit Polymer 
3.34 99% 3,084 

KCl 5.46 - - 12.07   853 

1.2 
CO2 0.55 99% 0.33 

16% Paraffin Wax 
0.15 100% 68,667 

KCl 8.36 - - 143.08   72 

1.3 
CO2 0.11 99% 0.33 

13% Silica Gel 
----- ----- ----- 

KCl 5.46 - - 4.63   2,225 

1.4 
CO2 0.56 99% 0.33 

17% Marcit Polymer 
0.62 99% 2,097 

KCl 26.8 - - 4.75   274 

1.5 
CO2 0.21 97% 0.34 

16% Marcit Polymer 
----- ---- ----- 

KCl 4.93   - 9.24   8,874 

BT 2.1 
CO2 0.002 95% 0.79 

3% Marcit Polymer 
0.077 99% 133,766 

KCl 0.06 - - 6.77   1,521 

Davis 

3.1 
CO2 0.0004 98% 0.57 

10% Marcit Polymer 
----- ----- ----- 

KCl 0.22 - - 8.77   1,174 

3.2 
CO2 0.0004 98% 0.57 

10% Cement 
0.0074 97% 1,391,892 

KCl 0.22     0.248   41,532 

DDR 4.2 
CO2 0.00004 99% 0.39 

1% Cement 
0.004 99% 2,575,000 

KCl 0.003 - - 0.179 - 57,618 
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When dismounting the samples from the core holder, the fractures were visually 
examined. It was noted that each of the sealing agents, except the cement, had issues with either 
wormholing or the sealant being completely removed from the fracture due to the increasing 
differential pressure.    

Figure 124 shows the effect of fracture width on the polymer gel’s ability to seal 
fractures. The green bar represents the core with a 0.25mm fracture, the blue represents a 0.5mm 
fractured core, and the red is a 1.0mm fractured core. Moving from left to right, the first group is 
the measured matrix permeability (core not fractured), the middle group is the fracture 
permeability, and the last group is the measured permeability after the polymer sealing agent was 
injected into the fractures. The polymer gel did a sufficient job reducing the flow of brine in the 
0.25mm fractured core. However, the 0.5mm and 1.0mm fractured cores were unable to reach 
their matrix permeability due to wormholes in the polymer which were observed in the samples 
and reflected in the permeability results. This would suggest that the polymer is only able to 
withstand differential pressure for smaller fracture widths. 

 

 
Figure 124.  Marcit results with varying fracture widths. 
 

Wormholing seemed problematic for gels when the fractures were above 0.25mm width 
as observed from the experiments. The wax showed wormholing in all tests. Only the cement did 
not show any tendency for wormholing which resulted in the best sealing efficiency for the 
micro-cement. Therefore, it can be concluded, based on these experiments, that micro-cement 
was the most effective sealant material tested. Since the effect of the wormholing seemed to be 
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connected to the large differential pressure over the fracture width, a possible scenario would be 
to inject polymer deep into the fracture and set a shallower fracture seal by using micro-cement.  

6.2.Long Term Stability of Polymer Gels  
Potential sealant materials need to be stable when exposed to CO2 to ensure CO2 is stored 

safely over the long term in the reservoir. Marcit polymers cross-linked with Chrome acetate 
were investigated. The laboratory setup was constructed with high density polyethylene which 
can withstand elevated temperatures up to 150oC and is chemically inert. Further details about 
the test setup and procedures can be found in Appendix 2.  

The various gel compositions (Appendix 2) were prepared, and a semi-quantitative bottle 
test method, developed by Sydansk (1988), was employed to measure gel strength. Samples were 
inspected monthly for changes in gel fluidity by visual observation. The gel’s flow 
characteristics under the influence of gravity were observed by inverting the bottles during each 
reading. The stability tests showed the polymer gels did create wormholes due to differential 
pressure but were chemically stable. The opposite was true for micro-cement which could 
withstand pressure but was not chemically stable. Therefore, a better approach for sealing 
fractures may be to inject micro-cement as a primary sealing material with polymer gel injected 
as a secondary sealant to avoid CO2 contact with the cement. 

The long-term stability of fracture sealing materials exposed to CO2 was investigated for 
polymer gels as reported. Cement, the other likely fracture sealing agent, was not investigated in 
this study since previous studies by other investigators have shown that regular Portland cement 
is not chemically stable when it is in contact with CO2 (Shen and Pye, 1989, Kutchko et al., 
2007, Bachu and Bennion, 2008). 

7. COUPLED MODEL SIMULATIONS  
This section investigates the coupled reservoir simulation study which utilized a Shared 

Earth Model for simulation of fluid flow through porous media and the optimized finite element 
discretization of the same earth model for geomechanical analysis of rock deformations caused 
by pore pressure differences throughout the study. The objective of this study was to  determine 
the maximum sustainable pore pressure difference that will prevent uplift of the reservoir and 
overburden. This uplift produces seismicity or fracturing of the cap rock and opens a pathway for 
escape of CO2 to overburden, as a result of injecting liquid or supercritical CO2 into the reservoir. 

 
Increased pore pressure due to the injection of CO2 may result in generation of new 

fractures or reactivation of existing faults or fractures, providing preferred fluid flow pathways 
along which dissolved CO2 may escape into the atmosphere or freshwater zones above and 
resulting in environmental hazards (Streit and Hillis, 2004). In order to assess and mitigate these 
geomechanical risks, a thorough simulation, coupling fluid flow through porous media and 
geomechanics of a realistic representation of the reservoir as well as the overburden, is required 
(Rutqvist et al., 2007, 2008).  

Conventional reservoir simulation does not take detailed geomechanical effects, resulting 
from changes in pore pressure, into consideration which may lead to incorrect conclusions 
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regarding the ultimate storage capacity of the reservoir. In addition, most of the geomechanical 
and finite element analysis packages do not handle fluid flow in the porous medium very well; 
even in two dimensional models, effects of pore pressure variations cannot be simulated 
correctly. As an example, ABAQUSTM, which is one of the leading finite element analysis 
packages used for geomechanical analysis, can only model single component and single phase 
fluid flow with limited control over the fluid, which is generally taken to be water. Even 
modeling of this simplified case is not always possible for more realistic cases of three 
dimensional spaces. However, each of these simulators is capable of precise modeling of its 
domain, whether just modeling fluid flow through porous media or geomechanical analysis.  

Modeling reservoir deformation, under different states of stress caused by increased pore 
pressure from fluid injection, requires precise modeling of fluid flow through a porous medium 
and geomechanical analysis of the medium at different pore pressure distributions. The former 
can be achieved through finite difference fluid flow simulators that can handle multi-fluid, multi-
phase systems with different fluid saturation distributions. The latter can be achieved through 
finite element analysis packages that include geomechanics analysis built in, but those only 
handle single-phase, single-fluid systems.  

A finite element analysis package (ABAQUSTM ), for the geomechanical analysis of rock 
deformation during CO2 injection into the reservoir, and the fluid flow simulator (EclipseTM) are 
used for prediction of pore pressure and different phase saturations. The fluid flow simulator is 
required due to the lack of full porelastic modeling capability of the finite element when more 
than one fluid phase is present in the system, which is the case with CO2 injection into the 
shallow or deep aquifers that produces liquid or supercritical CO2 respectively. However, the 
fluid flow simulator is not capable of predicting uplifts or fracture formations caused by pore 
pressure differences, especially near geological heterogeneities such as faults or existing 
fractures. 

In the fully coupled simulation approach, the fluid flow through pores and elasticity 
calculations are carried out in the simulator at the same time. (Tortike & Farouq Ali, 1987) , (Li 
& Zienkiewicz, 1992) and (Lewis & Sukirman, 1993) have presented a formulation for the fully 
coupled approach. (Gutierrex & Lewis, 1998) have presented a fully coupled reservoir simulator 
which, although functional, has a very high computational cost and is not routinely used (Inoue 
& Fontoura, 2009).  

Unlike the fully coupled approach, partial coupling uses one simulator for fluid flow 
simulation and another simulator for the geomechanical analysis. Partial coupling is further 
divided into two families: explicit and iterative coupling. Figure 125 displays the general 
algorithm for explicit (one way) and iterative (two way) partial couplings. In the explicit 
coupling approach (Figure 125-a), the simulator carries out fluid flow calculations at each time 
step, but geomechanics calculations are carried out on selected timesteps chosen by variation in 
pore volume. If the pore volume variation between timesteps does not happen at a high rate, then 
geomechanical calculations may be ignored. Once the pore volume change is considerable, the 
poroelastic analysis is carried out.  

In the iterative partial coupling approach, pore pressure and phase distributions are 
determined in a finite difference (FD) fluid flow simulator,capable of handling multi-fluid, multi-
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phase systems, independent of the geomechanics which is carried out in a finite element (FE) 
geomechanics analysis package and couples the two at each time step. This method takes 
advantage of the latest developments in each field while the best simulator available can be 
employed for this purpose. 

While fully coupled simulation takes advantage of a single domain that can be solved by 
a single finite element method in one software, the computational cost and development 
complexities makes it the second choice for routine studies. Partial coupling requires mapping of 
different domain discretizations (FD grid of fluid flow simulator to the FE mesh of the 
geomechanics package) of two different categories (fluid flow and stress equilibrium) which 
requires a precise coupling module that can handle mapping geometries and control the flow of 
data from one simulator to the other and vice versa. Aside from the differences in formulations 
between the two simulators, differences in the gridding require mapping of FD bricks to the FE 
tetras that may or may not share the same spatial location. A more detailed discussion on the two 
coupling approaches can be found in Inoue & Fontoura, 2009. 

 

Figure 125 shows the general algorithm for explicit (one way) and iterative (two way) 
partial couplings. In the explicit coupling approach (Figure 125-a), a reservoir simulator carries 
out fluid flow calculations at each time-step. However, stress-displacement calculations are only 
carried out on selected time-steps depending on the variation in the accessible pore space due to 
the change in pore pressure (i.e. if the variation in pore space between time-steps is not 
significant, then geomechanical calculations may be ignored). Once the change in pore space is 
considerable, the stress-displacement analysis is carried out (Minkoff et al., 1999, 2003; Settari 
and Walters, 1999). This approach can significantly reduce the computation cost of the coupled 
analysis through a reduced number of stress-displacement simulation runs, but may result in 
unstable solutions and loss of accuracy due to the coupled nature of the processes (Dean et al., 
2006). 

 
Figure 125.  Partial coupling techniques: (a) One way coupling, (b) Two way partial coupling (based on: 
Inoue & Fontoura, 2009). 
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In the iterative coupling approach (Figure 125-b), the two simulators are coupled at each 
time-step. An important attribute of partial coupling approaches is the capability of mapping 
different domain discretizations (i.e. connecting and interchanging data parameters of the FD 
grid to the FE mesh and vice versa). If the model geometry can be discretized using cuboid 
hexahedral finite elements, the FE mesh can be directly translated into a FD pillar discretization, 
and the nodal coordinates for both simulations are identical (Cappa and Rutqvist, 2011) thus 
facilitating parameter exchange. However, if the model geometry is complex and the FE mesh 
uses tetrahedral elements, the data exchange requires a mapping approach capable of 
interpolating between the different spatial coordinates of the FD pillar discretization and the 
tetrahedral FE mesh (Bostrom, 2009). 

The majority of CO2 sequestration simulations are simplified to horizontally layered 
basin model geometries and utilize a shared numerical discretization for the fluid flow and 
geomechanical simulations (i.e. based on FD pillar grids in Rutqvist et al., 2002, 2008; Zhou et 
al., 2008; Cappa and Rutqvist, 2011). This setup prevents the consideration of more realistic, 
complex, geologic structures and requires a simplification of any acute angles in the geometry. 
However, acute angles are a source of geometric stress concentrations, and therefore regions of 
failure at these stress concentrators are being neglected. 

 

This study developed an iterative, partial coupling implementation, the “Coupled 
Geomechanical Reservoir Simulator” (CGRS), that used Schlumberger ECLIPSETM (trademark 
of Schlumberger) for the fluid flow simulation and ABAQUSTM (trademark of Dassault 
Systèmes) for the geomechanical analysis. CGRS addresses the limitations of structured FD 
pillar grids in modeling of complex geometries without the need for local grid refinement. This is 
achieved by either mapping a complex, tetrahedral-based FE mesh to a simplified FD pillar grid, 
or by utilizing FE pre-processors to generate a high quality cuboid hexahedral mesh which can 
be directly translated into an FD pillar grid sharing the identical nodal points. This capability of 
CGRS represents a significant improvement in model generation for FD simulations. In addition, 
CGRS identifies pore pressure variation related failure, updates hydraulic permeabilities in the 
failed regions and is able to calculate the associated fracture outflow. 

7.1.Theoretical Background 
Fluid flow simulation is based on the conservation of mass and energy for the oil, gas and 

water in the system with the assumption that the overall composition of the phases stays the same 
throughout the simulation, or the compositions change with a change in pressure, temperature 
and exposure to injected material. The former is referred to as black oil simulation while the 
latter is termed compositional simulation. The two approaches share the same basis which is 
briefly outlined. 

The conservation of mass for a control volume is expressed as (Chen et al., 2006): 
 
 −∇. (𝜌𝑙𝒗𝒍) + 𝑞𝑙 =

𝜕(𝜙𝜌𝑙𝑆𝑙)
𝜕𝑡

          𝑙 = 𝑂𝑖𝑙,𝐺𝑎𝑠,𝑊𝑎𝑡𝑒𝑟 (1) 

The overall fluid saturation in the medium will equal unity at all times: 
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 � Si

l

= 1 (2) 

 
Conservation of momentum for the multi-component system is expressed by Darcy’s law 
(Darcy, 1856): 
 
 𝒗𝒍 = −

𝒌𝒍
𝜇𝑙

(∇𝑝𝑙 − 𝜌𝑙𝑔∇𝑧) (3) 

The combined mass and momentum balance equation is then given by (Chen et al., 2006): 
 
 ∇ �

𝜌𝑙𝒌𝒍
𝜇𝑙

(∇𝑝𝑙 − 𝜌𝑙𝑔∇𝑧)� + 𝑞𝑙 =
𝜕
𝜕𝑡

(𝜙𝜌𝑙𝑆𝑙) (4) 

 
Which can be written in terms of the piezometric head or flow potential as: 
 
 ∇ ��

𝜌𝑙
𝜇𝑙
𝒌𝒍� ∇Φ𝑙� + 𝑞𝑙 =

𝜕
𝜕𝑡

(𝜙𝜌𝑙𝑆𝑙) (5) 

 
Where Φl is: 
 Φ𝑙 = p𝑙 − ρ𝑙gz (6) 
 
The conservation of energy in a non-isothermal system is given by (Chen et al., 2006): 
 

 
𝜕
𝜕𝑡
�𝜙�𝜌𝛼𝑆𝛼𝑈𝛼

𝑁𝑝

𝛼=1

+ (1 − 𝜙)𝜌𝑠𝑐𝑠𝑇� + ∇.�𝜌𝛼𝒖𝛼𝐻𝛼

𝑁𝑝

𝛼=1

− ∇. (𝐾𝑇∇𝑇) = 𝑞𝐻 − 𝑞𝐿 (7) 

 

Depending on the numerical simulator that is used, the continuous model domain in an 
FD model is discretized into a structured (pillar grid) or an unstructured grid and the governing 
equations are solved in different schemes, including Implicit Pressure Explicit Saturation, 
IMPES, (Aziz and Settari, 1979; Sheldon et al., 1959; Stone and Garder Jr., 1961) and Adaptive 
Implicit Method, AIM, (Thomas and Thurnau, 1983). A further and more extensive review of the 
FD method is beyond the scope of this paper and can be found in many standard text books (Aziz 
and Settari, 1979; Chen et al., 2006; e.g. Peaceman, 1977). 

ABAQUSTM is a standard finite element (FE) software package which supports a wide 
range of structural, geomechanical, thermal, diffusion, and coupled analyses. Providing both 
linear and nonlinear response options, solutions for a large variety of engineering and scientific 
problems can be obtained. In an ABAQUSTM stress-displacement analysis, a solution to a 
boundary value problem is found when both force and moment equilibrium is maintained at all 
times over any arbitrary volume of the model domain. This is achieved by solving the equation 
of motion (representing the conservation of linear momentum): 

 ∇∙σ + F=ρ
𝜕2𝒖
𝜕𝑡2

 (8) 
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Conservation of angular momentum is guaranteed by the use of the Cauchy stress tensor. If 
accelerations are negligible, a common assumption for rock mechanical purposes, the stress 
equilibrium equations result: 

 ∇∙σ + F=0 (9) 
 

In order to solve this equation the constitutive relationship between stress and strain in a porous, 
liquid filled system needs to be defined (Jaeger et al., 2007) .  

 𝜺 =
1

2𝐺
𝝈 −

𝜐
2𝐺(1 + 𝜈) 𝑡𝑟𝑎𝑐𝑒(𝝈)𝑰 (10) 

 

The strain-displacement relationship is given by the infinitesimal strain tensor: 

 𝜺 =
1
2

[∇u +(𝛁𝒖)T] (11) 

 

Further constitutive equations including plasticity laws can be included. ABAQUSTM 
finds a solution of such boundary value problems by transforming Eq. (11) into a weaker 
statement which results in the principle/statement of virtual work (“ABAQUSTM 6.12 User 
Documentation,” 2012; Zienkiewicz et al., 2005): 

 � 𝛿𝒖𝑇𝑻𝑑Γ
Γ

+  � 𝛿𝒖𝑇𝑭
Ω

dΩ = � 𝛿𝜺𝑇𝝈
Ω

dΩ (12) 

 

The continuous model domain in an FE model is discretized into an arbitrary number of 
finite elements, and by introducing approximation functions for each finite element, 𝒖 ≈ ∑ 𝑵𝑎𝒖�𝑎𝑒𝑎 ,  
Eq. (12) can be written in the general FE equation 𝑲 𝒖 + 𝑭 = 0 and solved. A further and more 
extensive review of the FE method is beyond the scope of this paper and can be found in many 
standard text books, e.g. Zienkiewicz et al. (2005). 

In a nonlinear ‘effective stress’-displacement analysis (such as CO2 injection related 
effective stress changes), a solution cannot be calculated by solving a single system of linear 
equations. In ABAQUSTM, the solution of the nonlinear equilibrium equations is found by 
specifying the loading as a function of time, and Newton’s algorithm is used to obtain the 
solution during a series of time increments. Several iterations to obtain equilibrium may be 
needed within each increment (“ABAQUSTM 6.12 User Documentation,” 2012). 

7.2.Coupling  Approach 
The present study used an iterative, explicit, partial coupling (i.e. a two way coupling) of 

ABAQUS™ for finite element geomechanical stress/displacement analysis, and Eclipse™ for 
finite difference fluid flow simulations. A coupling module is developed in Java™ that performs 
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coupling at the user specified time intervals and checks for several different coupling parameters. 
The coupled simulation requires the FD and FE codes to be solved sequentially, and coupling 
parameters are transferred to each simulator at each time interval. Coupling is done based on the 
change in hydraulic properties as a function of strain. The two simulators are coupled through 
volumetric change of the porous medium by the change in pore pressure, Pp, from the FD which 
results in strains, ε, in the FE model. The new strains yield changes in the permeability, k, and 
porosity, φ. The explicit partial coupling means that the permeability and porosity values are 
updated at the end of each FE run, and the new values are used for the next FD run. The logic of 
this approach is simple to comprehend, and it is relatively simple to implement an iterative 
partial coupling between two existing fluid flow and geomechanics simulators.  

The majority of coupled analyses utilize the same discretization for FD (extended to 
overburden and sideburden) and FE simulations. Such a shared mesh is limited by the resolution 
of pillar gridding for the FD approach in complex geometries. This means that location of stress 
concentrations in the reservoir and overburden, for example, need to be discretized using local 
grid refinements and/or a fine resolution FE mesh which can result in a considerable increase in 
the computation cost of the coupled analysis. An alternative technique is to use the native 
discretization scheme of each simulator. The general advantage of an FE mesh over FD pillar 
grids is the use of tetrahedral elements at locations of stress concentration, like faults, fractures 
or pinchouts. Thus, an FE mesh can discretize complex geometries more realistically. 

In order for the coupling module to populate each mesh, it needs to reconstruct the two 
meshes and determine the spatial position of each point and correlate them in the two. Once new 
parameters are calculated, the module must assign them to the corresponding nodes and update 
the input data for the other simulator.  

 
Figure 126.  Geomechanical mesh compared to Finite Difference grid 
 

GeoMechanical Model Fluid Flow Model 
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Assuming the FD grid is the coarser of the two discretizations (Figure 126), one may 
conclude that one or more FE elements will either lay exactly at the boundaries of the FD grid 
block or be inside the boundaries of it (Figure 127); thus the coupling module needs to be able to 
determine the grid block that surrounds each element from the finite element mesh. This process 
is referred to as mapping two discretizations.  

 

Figure 127.  FD and FE blocks lying on top of each other 

In order for the coupling module to transfer and exchange parameters between the 
different simulators, it must reconstruct the two meshes and determine the spatial position of 
each nodal point with respect to the other mesh. Once new parameters are calculated in one 
simulator, the module will assign them to the corresponding nodes in the other mesh generating 
updated input data for this simulator. This data transfer depends on the discretizations being used 
for the FD and the FE models respectively.  

The Coupled Geomechanical Reservoir Simulator (CGRS) is able to transfer the coupling 
parameters for three different discretization scenarios. This is accomplished by a complete 
mapping of the two geometries before execution of a coupled analysis which results in the 
generation of a mapping file between the two geometries. The mapping file is used in the 
subsequent coupled simulation runs to verify the containments (Figure 128) are still valid with 
the updated nodal coordinates of the finite elements due to the resulting displacements. If a finite 
element is no longer in the vicinity of the previously determined FD grid block, then the 
neighboring FD grid blocks are examined for its containment. If none of the neighboring grid 
blocks contain that element either, the whole FD grid is examined to find the new container for 
the element.  

The mapping is performed in three categories: 

a) FD and FE model use the same cuboid hexahedral mesh 

The nodal coordinates of each finite element in the mesh are checked against the corner 
points of each FD grid block. A match in coordinates means that the same mesh 
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resolutions are used and that the coupling parameters can be exchanged without 
interpolation/averaging. 

b) FD and FE model use cuboid hexahedral meshes of different resolution 

Assuming that the FD grid is the coarser of the two discretizations, one or more finite 
elements will be located either exactly at the boundaries of the FD grid block or be inside 
the boundaries of it. Thus, the coupling module needs to be able to determine the FD grid 
block that surrounds each element from the finite element mesh. This type of mapping 
can be done in several ways. (Bostrom, 2009) has demonstrated mapping through 
determination of the nearest neighbor. This study employed a technique similar to that 
used in computer game development to determine the container grid block which enables 
the study to overcome the limitations of current FD simulators in terms of discretization 
and precise handling of discontinuities. In this novel approach, the centroid of the 
element is found and the number of times a ray, drawn from the centroid to the origin, 
will cut through the sides of each FD grid block is calculated. In this way, the container 
grid block for different resolutions and element types, such as tetrahedral elements, can 
be determined. 

A point in space, centroid in this case, is inside a cube only if the number of times a ray 
drawn from that point cuts through the sides of the cube is an odd number. For example, 
points P1 and P2 in Figure 128 are outside the cube because the ray drawn from P1 does 
not cut through the cube, and the ray drawn from P2 cuts through two sides of the cube, 
which is an even number. On the other hand, point P3 is inside the cube because the ray 
drawn from this point cuts through one side of the cube, an odd number. This cube is 
assigned as the container of point P3. 

 
Figure 128.  Relative position of points with respect to a grid block 

 (c) (a) (b) 

P3 

P2 

P1 
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c) FD mesh is pillar based vs. tetrahedral FE mesh 

The same approach that was taken before for different mesh resolutions (part b of this 
section) is employed for determination of the grid block that contains finite elements. 
Coordinates of the tetrahedral element’s centroid are determined using the following 
equation: 

�(𝑥1+𝑥2+𝑥3+𝑥4)
4

, (𝑦1+𝑥𝑦2+𝑦3+𝑦4)
4

, (𝑧1+𝑧2+𝑧3+𝑧4)
4

�       
         (13) 

            and a ray is drawn from this point to the origin. 

In general, FD models are generated within 3D MEM software (e.g. Petrel® or 
GoCAD™) which utilizes 3D seismic information, well logging data, maps, etc. to generate 3D 
surfaces which are then transformed into a FD grid. In order to generate a unified and realistic 
FE model, a file convertor is developed that transforms the FD pillar grid into the equivalent FE 
mesh, which can later be optimized in an FE pre-processor.  

 

The coupling module of CGRS is the main driver of the coupled analysis, runs the 
simulators in sequential order and passes the coupling parameters between the two simulators at 
specified time intervals. ABAQUSTM and EclipseTM are coupled by the change of effective 
stresses due to a change in pore pressure, and by varying hydraulic rock properties which change 
due to the effective stresses. The coupling module presented in this study has the ability to check 
for fracture formation/reactivation (F condition) and excessive uplift at the surface (U condition) 
as displayed in Figure 129. This is achieved by the transfer of pore pressure, saturation and 
temperature values of grid blocks, calculated by the fluid flow simulator to the nodes in the finite 
element mesh, which are spatially contained inside that grid block. 

Depending on the depth and temperature at which CO2 is injected, CO2 may be in super 
critical or liquid phase. In either case, a finite element analysis application cannot handle more 
than one fluid phase and saturation, and is not capable of calculating the correct pore pressure, 
which in turn affects safety and the state of stress. In order to detect fractures forming in the cap 
rock or those that are reactivated, a coupled fluid flow and geomechanics simulation is required 
where pore pressures and temperatures are calculated in the fluid flow simulator, and the new 
state of stress together with the rock deformations are calculated. The connection between the 
two software packages is made through pressure and temperature distribution throughout the 
model, or simply through pressure as in the isothermal coupling. Figure 129 shows the basic 
workflow for coupling of a fluid flow simulator to a geomechanics simulator. Coupled 
simulation starts with initialization of the model with hydrostatic pressure distribution 
throughout the reservoir. Once reservoir grid properties are read into the memory, the fluid flow 
simulation is initiated by the coupling module, and upon completion of this simulation, pore 
pressure distribution and fluid saturation values are imported into the coupling module. Finally, 
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the geomechanics mesh file is read by the coupling module and mapped to the finite difference 
grid. 

Completion of each time step depends on the convergence of the simulations between 
successive iterations, and the state of the system at the last iteration is used as the initial state of 
the next time-step. 

 

 
Figure 129.  Coupling algorithm 

The coupled process requires a stress initialization procedure for the finite element model 
(also termed pre-stressing) wherein the modeled effective stresses (assuming hydrostatic pore 
pressure conditions) reach a state of equilibrium as a result of gravitational compaction. A 
common procedure to simulate realistic in situ stress involves the following steps  (Buchmann 
and Connolly, 2007; Eckert and Connolly, 2007; Hergert and Heidbach, 2011): 1) Gravitational 
pre-stressing 2) Application of horizontal strain in order to simulate any tectonic contribution.  

Once the respective initial state of stress is established, the coupled routine outlined in 
Figure 130 is followed. 
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Figure 130.  Sequence diagram of the coupling module 
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Iterations begin by determining pore pressure, fluid saturation and temperature 
distribution in the model, with the assumption that intrinsic rock properties stay constant (Figure 
130). Pore pressures and temperatures calculated by the fluid flow simulator are transferred to 
the geomechanics simulator by rewriting the corresponding input data files of the geomechanics 
simulator. The geomechanics simulator then calculates nodal displacements and the state of 
stress and strain under the new pore pressure and temperature distribution along with the 
possibility of rock failure and the extent of such failures. The new resulting system strain is then 
used to update the porosity and permeability as well as the corresponding input data files of the 
fluid flow simulator. In the event of rock failure or reactivation of existing fractures, the 
orientation and location of failure are checked to identify cap rock penetrating fractures. Since 
fluid flow simulation is conducted utilizing the conventional single porosity assumption, the 
presence of the fracture is emulated by the placement of a virtual well yielding the same fluid 
pass-through as the fracture. This technique can predict the volume of fluid that passes through 
the fracture with lower computation costs compared with a fractured reservoir simulation. 

Change in the pore pressure and the elemental volumetric strain values are averaged over 
the grid block to calculate the new pseudo compressibility and porosities as a function of 
pressure and volumetric strain as described by Inoue and Fontoura, 2009. The pseudo 
compressibility of rock, CPseudo is given by: 

𝐶𝑃𝑠𝑒𝑢𝑑𝑜 = �𝜀𝑉
𝑛+1−𝜀𝑉

𝑛� 
𝜙0(𝑃𝑝𝑛+1−𝑃𝑝𝑛)

                       (14)                                            

                   

Where εVn  is the volumetric strain at pore pressure Ppn and εVn+1 is the new volumetric strain under 
the new pore pressure, Ppn+1 and change in porosity is given by: 

𝜙𝑛+1 = 𝜙𝑛 + 𝛼(𝜀𝑉𝑛+1 − 𝜀𝑉𝑛) + 1
𝑄

(𝑃𝑝𝑛+1 − 𝑃𝑝𝑛)                           (15)
             

Where ϕn  is the existing porosity at pore pressure Ppn and volumetric strain εVn , and ϕn+1 is the 
new porosity resulting from the new pore pressure, Ppn+1 and the new volumetric strain εVn+1. 

Q is defined as: 

𝑄 = 1
𝐶𝑓𝜙𝑛+𝐶𝑟(𝛼−𝜙𝑛)

                                                                      (16)

            

and α, is defined as: 

𝛼 = 1 − 𝐾𝐷
𝐾𝑆

                                                                                                     (17)
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Assuming homogenous isotropic linear elastic material, KS and KD are defined as: 

𝐾𝑆 = 𝐸𝑆
3(1−2𝑣𝑆)

                                                                                                     (18) 

              
𝐾𝐷 = 𝐸𝐷

3(1−2𝑣𝐷)
                                                                                                     (19) 

              
Permeability change is correlated to the change in porosity by the (Rutqvist et al., 2002) 
modified permeability-porosity relationship originally presented by (Davies and Davies, 1999): 

𝑘 = 𝑘0𝑒
𝑐∗ 𝜙
𝜙0−1                                                                                                     (20)

                

Where k0 is the permeability at zero normal stress and c is an experimentally determined 
exponent.  

Should an element experience plastic strain, as determined by the Mohr-Coulomb (Coulomb, 
1776) or Drucker-Prager (Drucker and Prager, 1952) failure criteria (i.e. mimicking either 
fracture initiation or reactivation based on the respective failure parameters used),  the coupling 
module will calculate the fracture permeability from: 

𝑘𝑓 = 0.274 ∗ 1012 ∗ 𝑤𝑓2                                                                                                    (21)
                            

In subsequent runs, the fracture permeability is replaced by the equivalent fracture permeability 
under the new effective normal stress (Gutierrez et al., 2000): 

𝑘𝑓 = 𝑘𝑓0 exp(−𝐶.𝜎𝑛′ )                                                                                    (22)
               

Where C = 0.27 is an empirical constant for shales. Tensile failure in the rock will form in the 
direction of minimum principal stress. While assuming the angle of internal friction of the rock 
specimen is β, fractures due to shear failure will form at an angle ϴ from the direction of 
maximum principal stress, as shown in Figure 132, where ϴ is: 

θ = ± 1
2

(β − π
2

)                                                                                                                     (23) 

                 

In contrast with stresses acting on a rock specimen, the effective normal stress is defined as the 
normal stress acting on the specimen minus the pore pressure. In other words (Terzaghi, 1936): 

𝜎1,2,3
′ = 𝜎1,2,3 − 𝑃𝑝                                      (24)
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Assuming an Andersonian state of stress (Anderson, 1905), σ1  will be the maximum 
principal stress which acts normal to the rock specimen. Formation of fractures in the rock due to 
tensile failure will happen when the Mohr circle of the effective stresses touches the failure 
envelope (Mohr, 1900). Cohesion is assumed to be zero, and reactivation of the fracture can 
occur when effective normal stresses acting on the rock equal zero for existing closed fractures. 
Figure 131 shows a schematic of different fracture formation/reactivation scenarios using a Mohr 
Coulomb failure criteria and the safe states of stress represented by a Mohr circle for any given 
plane orientation in the subsurface. The safe state of stress in Figure 131(a) is not safe for an 
existing fault or fracture that has no cohesion as seen in Figure 131(b). The safe state of stress in 
Figure 131(c) yields tensile failure of the rock when pore pressure is increased by 5 MPa as seen 
in Figure 131(d). Despite the importance of precise fluid pressure determination, most finite 
element analysis packages are not capable of realistic fluid flow modeling through porous media, 
and a single fluid saturation is considered throughout the medium. 

 

  

(a) Safe Sate of Stress    (c)  Safe Sate of Stress 

 

  

(b) Fault Reactivation    (d)  Tensile Failure 
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Figure 131.  Fracture Formation and Fracture Reactivation 
 

 
Figure 132.  Representation of failure plane in a rock sample under stress 

The length of the fracture is assumed to be the same length as the element in the direction 
of the fracture. For example, with a vertical fracture, the height of the failed element is  assumed 
to be the length of the fracture. Similarly, for a horizontal fracture in the direction of minimum 
principal stress, the width of the failed element in that direction is assumed to be the length of the 
fracture.  

In order to determine the fluid flow through a stabilized fracture penetrating through the 
cap rock to overburden, a virtual well, which produces the same amount of fluid flow (i.e. 
equivalent permeability) as the fracture, is placed in the fluid flow simulation input files in place 
of the fracture that connects the aquifer to the overburden or the porous layers above the first cap 
rock, as in the case of multiple overlaying reservoirs. This approach not only determines the 
likelihood of fluid seepage to the ground but also makes it possible to model the fractured 
reservoir as a single porosity conventional reservoir, knowing the reservoir is locally fractured 
and cannot be modeled as a completely fractured reservoir. 

7.3.  Model Setup 
An integral part of the site characterization is the creation of a Shared Earth Model 

(SEM) to be used in the fluid flow simulator and the geomechanical studies software. Unlike 
conventional reservoir simulations, the coupled simulation requires an earth model that goes all 
the way to the surface and considers surface topography as well as the underground. Generation 
of the Shared Earth Model is illustrated in Figure 133. A series of geometry convertors have 
been developed for this project that facilitate the data transfer between Esri ArcMap® and 
Petrel®, Petrel® and Hypermesh as well as ABAQUSTM and EclipseTM. This suite of software is 
named Coupled Geomechanical Reservoir Simulator or CGRS. CGRS is used to convert surface 
topography from the Digital Elevation Model (DEM) to EarthVision format that is later used in 
Schlumberger® Petrel® to create a full scale earth model based on the subsurface layers and 
faults. Surfaces are then exported from Petrel® to EarthVision format which is used as the buffer 
format by CGRS to convert files into ABAQUSTM format.  
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Based on geologic data from different sources, including the existing water wells, 
structural maps, surface data, laboratory measurements and other sources of information, an 
earth model is created in Petrel® that represents the true geologic settings to the extent of 
knowledge available. The Petrel® model can be readily converted into an EclipseTM grid, which 
can be used for fluid flow simulations, but this grid format is not recognizable by the 
geomechanical analysis package. A “Petrel® to ABAQUSTM” file convertor is part of the CGRS 
package that converts Petrel® horizons into 2D ABAQUSTM meshes. Horizons of the Petrel® 
model are extracted and exported to EarthVision format for this purpose which serves as the 
buffer file format for the file conversions. Horizons are then converted to ABAQUSTM format 
using the in-house developed file convertor (Figure 134) and imported into Hypermesh. 
Hypermesh is a pre-processor for building optimized finite element meshes, one by one, and then 
stacking them up to build a realistic model of the reservoir which is optimized for finite element 
analysis. This enables precise modeling of the existing faults or fractures by using Hexas to 
Trias, instead of simply cubes around them. Figure 135 shows a comparison between pillar grids 
used for fluid flow simulation and tetrahedral mesh for finite element analysis. Once optimized 
models for finite difference analysis (fluid flow simulation) and finite element analysis 
(geomechanical analysis) are generated, the Petrel® model is populated with reservoir properties 
from Table 25 and exported to EclipseTM format.  

 ArcMap 
Lat/Lon/Elev 

CGRS 
UTM/EarthVision 

Petrel 

Surface 

Structural Maps 
Faults 

Petrel 

CGRS 

DEM (GeoTiff) 

2D quadrilateral 

ABAQUS M h 

Hypermesh 
3D 

M h 
CGRS 

Eclipse Grid File 

Hypermesh 3D Mesh optimized 
for ABAQUS 

Figure 133 - Workflow for generation of Shared Earth Model (SEM) 
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Figure 134.  Petrel® horizons to ABAUQS 2D file conversion 

 
 
 

In order for coupled reservoir simulations to be automatically conducted using the 
developed coupling module, certain parts of the ElipseTM project and ABAQUSTM data file need 
to be changed so the coupling module can update them with the simulation results from the other 
simulator. These modifications include: 

Tetrahedral finite element mesh is used for geomechanical  
 

 

Finite difference grid is used for fluid flow simulations 

 

Figure 135 - Optimization of geometry for geomechanical analysis 
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EclipseTM Project  

• Start and end dates need to be in a separate include file. 
• Porosity, permeability, pressures and molalities need to be in separate include files. 
• Schedule file needs to have “Include” sections for the virtual wells that will be placed in 

case of plasticity. 
• Initial porosities, initial permeabilities and final active grid block assignments need to be 

placed in CGRS_Porosity.inc, CGRS_Permeability.inc and CGRS_Actnum.inc files 
respectively. 

ABAQUSTM Data File 

• Initial state of stress and strain need to be included in separate files. 
• Initial pore pressure and the final pore pressure need to be included in separate files. 
• Hydraulic conductivity and porosity need to be included in separate files. 
• Pre-stressing file that contains pre-stress state of stress needs to be placed in 

CGRS_PreStress.csv file. 
• Initial and final boundary conditions need to be written to the 

CGRS_InitialBoundaryCondtions.txt and CGRS_FinalBoundaryConditions.txt files 
respectively. 

• ABAQUSTM file needs to include the “Restart” command. 
• ABAQUSTM Step files need to include reference to the boundary conditions and nodal 

pressure files. 

Once these modifications are made to the simulation projects, they are read by the 
coupling module. The coupled simulation process starts with running the EclipseTM project for 
the interval of one day so that hydrostatic pore pressure distribution is established throughout the 
earth model. The pore pressure distribution along with reservoir properties are then read from the 
EclipseTM project and the results file that is generated by EclipseTM, and stored in the memory for 
populating of the finite element model. The finite element model that comprises the ABAQUSTM 
data file is read by the coupling module as the next step, and the two meshes are mapped so that 
each grid block from the finite difference model identifies exactly which elements and nodes 
from the finite element mesh are contained in it and vice versa.  

The mapping is initially done by going through all grid blocks for each element and 
locating the containing grid block and examining the grid block to make sure it still contains that 
element in the next time steps. The container grid block properties, such as pore pressure, 
porosity, permeability and modalities are then assigned to all contained elements in that grid 
block.  The state of stress and strain of the contained elements and their nodes are used to update 
the porosity and permeability of the containing grid block.  
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Figure 136.  Coupled reservoir simulator developed  
 

Figure 136 shows the coupling module that was developed for this study. Four suitable 
sequestration settings were sought to represent the possible sequestration sites in the state of 
Missouri. These representative models included:  

• A horizontally layered model with no geologic unconformities representing the southwest 
settings in the state. 

• A pinch-out model representing the Lincoln fold in northeastern Missouri. 
• A model bearing normal faults with large reliefs (50ft or more) representing Monroe 

county and the central parts of the state. 
• A model bearing thrust faults with small reliefs (few feet) representing Montgomery and 

the eastern parts of the state. 
Table 7 lists some simple mineral reactions considered here. The initial mineral composition was 
assumed to be 60% quartz, 2% calcite and 2% dolomite. 

7.4.  Pinch-out Model 
In an effort to assess the likelihood of sequestration in the Lincoln fold, where the 

Precambrian formation pinches out of the Lamotte formation in the northeastern part of 
Missouri, structural maps of Precambrian, Lamotte and Derby-Doerun were used to build a 
geologic model of the state in Petrel®. Figure 137 shows the structural map of the Lamotte 
formation converted into digital contour maps in Petrel®. This approach eliminated the need for 
digitizing maps in Golden Didger® and subsequent data manipulation in Golden Surfer®. 
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Figure 137.  Structural map of Lamotte formation ditigized in Petrel® 
 

Once the contour maps were digitized, a surface was constructed from them. Figure 138 shows 
the surface created in Petrel® based on the contour maps presented in Figure 137.  
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Figure 138.  Lamotte surface created in Petrel® 
 

Based on this approach, a geologic representation of the state was created for the Lamotte 
surface, sandwiched between the Derby-Doerun and Precambrian formations. Figure 139 shows 
the relative position of the Lamotte surface in yellow and the Precambrian in blue.  

 
Figure 139.  Lamotte surface in yellow together with Precambrian surface in blue. 
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Figure 139 displays a pinch-out formation at the northeastern part of the state which is part of the 
Lincoln fold, the prominent geologic feature in the eastern part of Missori. The Lincoln fold is a 
large anticline structure which does not have a history of recent seismic activity (Smotherman, 
2010) and is bounded by faults of significant lengths (Figure 140).  

 

 
Figure 140.  Lincoln fold in Missouri (Smotherman, 2010) 
 

Based on the dissolved solids concentration map of the state (Figure 141), the pinch-out 
formation had an acceptable concentration for CO2 sequestration. In addition to favorable 
concentration, the Lamotte formation has a thickness of around 500 meters at the pinch-out at a 
depth of 1500 meters. These conditions, together with the large areal extent of the pinch-out, 
made it a suitable prospect injection site close to the Hercules Power plant, which is operated by 
Ashland (Figure 142) in Louisiana, Missouri, with an estimated emission rate of 227,202 tons of 
CO2 (Source Watch).    
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Figure 141.  Map of total dissolved solids concentrations in groundwater formation in the state of Missouri. 

 
Figure 142.  Location of Hercules power plant in Missouri (Source Watch). 
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Figure 143.  View of the pinch-out from the right side. Precambrian is shown in blue, Lamotte in yellow and 
Derby-Doerun in red. 

 

Figure 143 displays a side view of the pinch-out with Precambrian shown in blue, 
Lamotte in yellow and Derby-Doerun in red. The Lamotte formation extends from the pinch-out 
toward the boundaries of the state and beyond into the neighboring state of Illinois.  An extended 
model with the boundaries going over the state borders was studied, but the geometry used in 
this study was limited to the state boundaries to assess the available storage limits within the 
state periphery.  

Surface elevation maps for the northeastern part of Missouri are available in either 
ArcMap or Float format(US Geological Survey database National Elevations Database ), which 
are not recognizable by Petrel® (Figure 144).  
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Figure 144.  Surface elevations of N39-W92 to N40-W93 in ArcMap 

In order to make the geologic model realistic, a file convertor was developed (Figure 
145) that adapted GeoTiff data exported from ArcMap® in latitude/longitude and elevation 
format into UTM data in X,Y and Z format and saved them under Earthvision format that was 
recognized by Petrel®. The acquired surface elevations in Petrel® for tiles N39-W92 through 
N40-W93 that cover the pinch-out location are illustrated in Figure 146.  
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Figure 145.  ArcMap to Petrel® file convertor developed 

 
Figure 146.  Surface elevations map of N39-W92 to N40-W93 in Petrel®, showing proposed injection site 
extent relative to the Missouri-Illinois state border line 

Once the earth model was created in Petrel®, a bi-logarithmic simulation grid was 
generated for the pinch-out surfaces, from Precambrian to surface, with a single injection well, 
and was utilized for fluid flow simulations as well as geomechanical analysis. Due to the 
requirements of the geomechanical analysis package, the grid was created so that all sides of the 
model were planar except for the top surface that followed the topography. The resulting Shared 
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Earth Model, illustrated in Figure 147, ensured the boundary conditions were evenly applied on 
all the nodes on the sides. 

 
Figure 147.  Box Shared Earth Model of the pinch-out in Petrel® 
 

The model was constrained inside latitude/longitude coordinates of 39°00'S/92°20'W and 
38°54'S/91°37'W. It measured 70km x 16km x 1,962m and consisted of 24 horizons and 74,727 
simulation grid blocks. Figure 148 shows the simulation grid on top of the structural map of the 
Lamotte formation. 
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Figure 148.  Simulation grid on top of structural map of Lamotte formation. 
 
 

An initial hydrostatic pressure distribution of the Lamotte Sandstone (Figure 148) was 
considered for the pinch out model and was used for the geostatic equilibrium (pre-stressing) of 
the model. A cross-section of the pressure distribution is displayed in Figure 149. 

 
Figure 148.  Initial hydrostatic pressure distribution in bar in the Lamotte formation 
 

The geomechanical model was constrained to rollers at the sides and bottom that prevented it 
from expansion on the sides and only allowed vertical displacements.  
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Coupled simulation results using the Shared Earth Model (Figure 150) under different 
sequestration scenarios showed very promising storage capacity.  

 
Figure 149.  Shared Earth Model of the pinch-out showing the Lamotte formation and the whole model 
 

Development Scenarios  Several development scenarios were considered that included 
different injection patterns under closed boundary conditions to exploit safe sequestration 
capacity of the pinch-out model. Due to the high capacity and continuity of the Lamotte 
formation throughout the region, the open and closed boundary condition assumptions seemed to 
behave the same. 

One Injection Well 

The base study case was a one injection well in the middle of the pinch-out model, as illustrated 
in Figure 151. 
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Figure 150.  Cross-section of initial pressure distribution in bar in the model 
Figure 151 and Figure 152 show the pore pressure distribution in the model after 100 years of 
CO2 injection at the injection rate 200k tons/year under closed boundary conditions. 

 
Figure 151.  Pore pressure distribution in bar in the model after 100 years of CO2 injection at 200k tons/ year 
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Figure 152.  Cross-section of the pinch-out showing pore pressure distribution in bar after 100 years of CO2 
injection at 200k tons/year 
 
The increase in average pore pressure from an initial hydrostatic value of 14.64 MPa to the final 
value of 15.95 MPa at the well bore resulted in an uplift of 2.4cm at the surface, which is 
depicted in Figure 154. This feature can be used to cross-check the modeling validity if InSar 
technology is employed along with other available surface monitoring technologies. 

 
Figure 153.  Uplift observed in the model after 100 years of CO2 injection 
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The initial pore volume in the body of the Lamotte formation, enclosed in the presented 
boundaries, was 16.941 x 109 m3. Assuming that the density of CO2 stayed constant and equal to 
1.98 Kg/m3 throughout the course of simulation, the CO2 injection rate of 200 k tons/year would 
be equal to a CO2 injection rate of 286,800 Sm3/day at surface conditions. The formation volume 
factor of CO2 at the initial reservoir pressure was 0.003724 Rm3/Sm3 which resulted in an 
injected gas volume of 1068.31 Rm3/day. Over the period of 100 years of injection, the 
formation volume factor decreased to 0.002856 Rm3/Sm3 and the equivalent reservoir volume of 
the injected CO2 would be 819.1 Rm3/day. This meant that the 10.475 x 109 Sm3 of CO2 at the 
surface would occupy 28.28 x 106 Rm3 at reservoir conditions, an occupancy of 0.16% of the 
available pore volume which signified that a minimal volume of the reservoir was occupied 
through the use of one injection well.  

As expected, the incremental pore pressure increase of 1.31MPa in the model due to CO2 
sequestration caused the initial effective minimum principal stress state to undergo a decrease, as 
illustrated in Figure 155 and Figure 156. However, the overall system was still under a safe state 
of stress with no instances of hydraulic fractures or tensile failures observed in the model. 

 

 
(a) Initial effective minimum stress            (b)   Final effective minimum stress  

Figure 154.  Evolution of effective minimum principal stress in the pinch-out model during 100 years of CO2 
sequestration 
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(a) Initial effective maximum  stress            (b)   Final effective maximum stress  

Figure 155.  Evolution of effective maximum principal stress in the pinch-out model during 100 years of CO2 
sequestration 
 

Figure 157 shows the evolution of differential stress near the injection well in the pinch-out 
model. As expected, the incremental pore pressure increase resulted in the decrease of the 
differential stress, and could have caused a shift in the state of stress from safe to unsafe, which 
was not the case in this example. 

 

  
(a) Initial differential stress              (b)   Final differential stress  

Figure 156.  Differential stress profiles in the Lamotte formation of the pinch-out model 
 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
189 
 

189 
 

Maximum plastic strain of 5% (Figure 158) was observed in the vicinity of the injection well 
which was less than the threshold of 20% with no significant plasticity observed in the model. 

 
Figure 157.  Equivalent plastic strain in the one injection well pinch-out model 
 

In conclusion, the pinch-out setting of the Lincoln fold under normal stress was capable 
of safely handling CO2 production from the Hercules power plant in northeastern Missouri for a 
period of 100 years. The resulting occupancy of the formation was 0.16% which was much lower 
than the expected typical maximum occupancy of closed boundary reservoirs of about 2-3%.  

Three Vertical Injection Wells 

Three vertical injection wells were placed in the base model with one injection well in the 
center and two at the lateral extents of the model, each one injecting CO2 at an annual rate of 
200k tons/year.  Figure 159 and Figure 160 show the pore pressure distribution in the model after 
100 years of CO2 injection at the injection rate 600 k tons/year through three injection wells 
under closed boundary conditions. 
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Figure 158.  Pore pressure distribution in bar in the model after 100 years of CO2 injection at 600 k tons/year 

 
Figure 159.  Cross-section of the pinch-out showing pore pressure distribution in bar after 100 years of CO2 
injection at 600 k tons/year 
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The average pore pressure increased from an initial hydrostatic value of 14.64 MPa to the 
final values of 18.6, 18.1 and 18.3 MPa in the left, middle and right injection wells respectively. 
This change in pore pressure resulted in a small uplift of about 1 mm on the surface, depicted in 
Figure 161. This feature can be used to cross-check the validity of the modeling if InSar 
technology is employed along with other available surface monitoring technologies. 

 

 
Figure 160.  Uplift observed in the model after 100 years of CO2 injection 
 

The initial pore volume in the body of the Lamotte formation enclosed in the presented 
boundaries was 16.941 x 109 m3. Assuming the density of CO2 stayed constant and equal to 1.98 
Kg/m3 throughout the course of the simulation, the CO2 injection rate of 600 k tons/year would 
be equal to a CO2 injection rate of 860,400 Sm3/day at surface conditions. The formation volume 
factor of CO2 at the initial reservoir pressure was 0.003724 Rm3/Sm3 which resulted in the 
injected gas volume of 3204.12 Rm3/day. Over the injection period of 100 years, the formation 
volume factor decreased to 0.002646 Rm3/Sm3 and the equivalent reservoir volume of the 
injected CO2 would be 759.001 Rm3/day. This meant that the 31.425 x 109 Sm3 of CO2 at the 
surface would occupy 88.19 x 106 Rm3 at reservoir conditions, an occupancy of 0.52% of the 
available pore volume.  This signified that a minimal volume of the reservoir was occupied 
through the use of one injection well.  
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As expected, the incremental pore pressure increase of 3.96 MPa in the model, due to 
CO2 sequestration, caused the initial effective minimum and maximum principal stress states to 
undergo a decrease, as illustrated in Figure 162 and Figure 163. However, the overall system was 
still under a safe state of stress, and no instances of hydraulic fractures or tensile failures were 
observed in the model. 

 

 

 

(a) Initial effective minimum stress                 (b)  Final effective minimum stress  

Figure 161.  Evolution of effective minimum principal stress in the pinch-out model during 100 years of CO2 
sequestration 
 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
193 
 

193 
 

  
(b) Initial effective maximum  stress            (b)   Final effective maximum stress  

Figure 162.  Evolution of effective maximum principal stress in the pinch-out model during 100 years of CO2 
sequestration 
 

Figure 164 shows the evolution of differential stress near the injection well in the pinch-
out model. As expected, the incremental pore pressure increase resulted in the decrease of the 
differential stress, which may have resulted in a state of stress shift from safe to unsafe. 
However, that was not the case in this example. 

  
(a) Initial differential stress              (b)   Final differential stress  

Figure 163.  Differential stress profiles in the Lamotte formation of the pinch-out model 
 

Maximum plastic strain of 2.6% (Figure 165) was observed in the model which was less than the 
threshold of 20%, therfore no significant plasticity was observed. 
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Figure 164.  Equivalent Plastic Strain in the one injection well pinchout model 

 

In conclusion, the pinch-out setting of the Lincoln fold under a normal stress regime was 
capable of safely handling a CO2 injection rate of 600k tons/year through three vertical injection 
wells for a period of 100 years. The resulting occupancy of the formation was 0.4% which was 
much less than the expected typical maximum occupancy of closed boundary reservoirs of about 
2-3%.  

7.5.Horizontally Layered Basin 
The horizontally layered model is a homogenous model based on the data collected 

primarily from the exploration well #1, Greene County, Table 6. The model comprises a 
Cartesian grid of 40 ×40 ×10 in I, J, and K directions. The grid represents an aquifer 800 m long, 
800 m wide, and 57 m thick. As shown in the Table 1, the aquifer is shallow sandstone with 
medium-low porosity (10%) and permeability (20 md). The model is extracted from the Petrel® 
model of Greene County that was generated using surface and subsurface data gathered from 
different sources, including 194 water wells that were drilled in the area.  

Using petrophysical data from 194 water wells drilled in Greene County and one 
exploratory well that was drilled in the candidate site location, a geologic model was built in 
Petrel® which was then exported to Hypermesh using the file convertor that was developed for 
this purpose.  
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If reservoir pressure does not go above fracture pressure, a homogenous reservoir will 
undergo uplifts in order of centimeters which is detectable by Insar Monitoring. This enables 
monitoring of the CO2 plume in conjunction with the satellite monitoring. Figure 166 shows the 
uplift caused by CO2 sequestration in a reservoir without fracturing the formation, and Figure 
167 shows the cross section view of the CO2 plume 

 
Figure 165.  Uplift in a homogenous reservoir without fracturing 

 
Figure 166.  Monitoring of CO2 plume when reservoir pressure is less than fracture pressure 
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Figure 167.  Fracture formed in the cap rock and placement of virtual well 

 
Figure 168.  CO2 injection through a horizontal well in a shallow aquifer 
 

Overburden 
Derby 
Davis 
Boneterre 
Lamotte 
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Fractures can form below fracture gradients and placement of virtual wells in the cap 
rock that connects the aquifer to the overburden can help in determining the amount of CO2 
outflow, as well as the time and amount of sealant required to be injected into the injection well 
to block the induced fracture. Figure 168 shows the formation of a fracture in the cap rock due to 
the increased pressure profile, and replacement of that fracture with a virtual well of equivalent 
outflow that enables monitoring of CO2 outflow from the fracture.  

If the requirements of the CO2 sequestration project involve high injection rates that will 
result in rapid fracturing of the cap rock, a horizontal well drilled into the shallow aquifer may 
provide higher injectivity resulting in a lower pressure profile and less risk of fracturing the cap 
rock. Figure 169 shows the placement of a horizontal well in a shallow candidate aquifer that 
enables injection at higher rates for a prolonged time period without risk of forming fractures in 
the cap rock or significant formation uplift (Figure 170). 

 
Figure 169.  Uplift resulting from injection into the horizontal well 

7.6. Thrust Fault Model 
A 2D anticline model bearing a thrust fault was created to reflect the faults observed in 

Montgomery County and eastern parts of the state. The normal fault-bearing anticline model, 
which measured 1500 meters wide by 1700 meters deep, was extracted from a six kilometers 
wide by 2500 meters deep model. The model comprised 200 grid blocks in the horizontal 
direction and 155 grid blocks in the vertical direction and was constrained from horizontal 
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movements at the sides and vertical movement in the base. Two sandstone layers were 
sandwiched between three shale layers, and the whole system was bounded by the overburden 
layer on the top and the Precambrian formation on the bottom. The sandstone reservoir contained 
the fault as illustrated in Figure 171. 

 
The boundary conditions in the model are varied between closed and open boundaries. The  

Closed boundary condition was attained through a no-flow boundary assumption, 
whereas the open boundary was achieved by placement of brine production wells at the 
boundaries that produce brine at a rate sufficient enough to maintain hydrostatic pressure at the 
boundary throughout the course of the simulation. This approach would replicate the cross-
section of a direct line sequestration configuration with one CO2 injection well and two brine 
producers at the corners. Figure 172 shows the open boundary configuration for this study. CO2 
breakthrough at the brine production wells was taken as the upper limit of safe sequestration 
under open boundary conditions. A minimum five years of sequestration or generation of seismic 
moments greater than 1 on the Richter’s scale was taken as the stop flag for the closed boundary 
conditions. 

Figure 170 - Thrust fault representation 
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Figure 171.  Representation of the direct line sequestration scheme used in this study 
 

The model has one CO2 injection well that was completed throughout the reservoir layer 
and injected CO2 at the rate of 20k tons/year. Figure 173 shows the state of stress in the thrust 
fault-bearing model prior to the injection of CO2. Simulation results for different thrust fault 
settings follow. 
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Figure 172 - State of stress in thrust fault-bearing model prior to the injection of CO2 

 

Open Boundary Condition  Under open boundary conditions, there was no meaningful 
difference in the state of stress of the system. Presence of the partial through-going fault had no 
effect on the safe CO2 sequestration limits, and the state of stress after CO2 injection for 20 years 
stayed the same as the state of stress presented in Figure 173. The gas, however, broke through 
the brine production wells after 20 years, which is considered the maximum duration of safe 
sequestration for this geologic setting. Due to the negligible pore pressure variation in the model 
under open boundary conditions, a negligible slip of 1.5*10-3 m (Figure 174) was observed on 
the fault surface. As a result, a seismic moment of 0.92 on the Richter’s scale was felt on the 
fault plane, which made the open boundary a suitable setting for CO2 sequestration in the thrust 
faulted anticline model.  
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Figure 173.  Fault slip observed in the thrust fault model under open boundary conditions 
 

Closed Boundary Condition  The thrust fault-bearing model, with regular contact 
surfaces in a compressional regime, experienced a significant change in the state of stress after 
five years of injection. The effective maximum principal stress increased from 45 MPa, at the 
beginning of the injection, to 63 MPa, which moved the system state of stress from safe to 
reactivation mode (Figure 175). This resulted in slippage on the fault surface and seismicity.  
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Figure 174.  State of stress in the thrust fault model after 5 years of CO2 injection under closed boundary 
conditions 
 

The result was an average slippage on the fault face of 3.77*10-2m (Figure 176) which 
induced a seismic moment of 1.85 on the Richter’s scale. This seismicity was on the verge of a 
sensible quake; therefore, one can conclude that the thrust faulted formation is not a suitable 
formation for CO2 sequestration due to the short sequestration time of five years required for the 
fault to be reactivated.  
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Figure 175.  Fault slip in the closed boundary system of the thrust fault model 

7.7. Normal Fault Model 
A 2D anticline model bearing a normal fault was created to reflect the faults observed in 

Monroe County and the central parts of the state. The normal fault-bearing anticline model 
measured 1500 meters wide by 1700 meters deep and was extracted from a six kilometers wide 
by 2500 meters deep model. The model comprised 200 grid blocks in the horizontal direction 
and 155 grid blocks in the vertical direction and was constrained from horizontal movements at 
the sides and vertical movement in the base. Two sandstone layers were sandwiched between 
three shale layers, and the whole system was bounded by the overburden layer on the top and the 
Precambrian formation in the bottom. The sandstone reservoir contained the fault as illustrated in 
Figure 177. 
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The boundary conditions in the model were varied between closed and open boundaries. 
The closed boundary condition was attained through a no-flow boundary assumption, whereas 
the open boundary was achieved by placement of brine production wells at the boundaries, with 
a brine production rate sufficient enough to maintain hydrostatic pressure at the boundary 
throughout the course of the simulation. This approach would replicate the cross section of a 
direct line sequestration configuration with one CO2 injection well and two brine producers at the 
corners. Figure 178 shows the open boundary configuration for this study. CO2 breakthrough at 
the brine production wells was assumed as the upper limit of safe sequestration under open 
boundary conditions. A minimum five years of sequestration, or generation of seismic moments 

Optimally oriented normal fault 

Figure 176 - Normal fault model representation 
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greater than 1 on the Richter’s scale, was taken as the stop flag for the closed boundary 
conditions. 

 
Figure 177.  Representation of the direct line sequestration scheme used in this study 
 

The model had one CO2 injection well that was completed throughout the reservoir layer 
and injected CO2 at the rate of 20k tons/year. Figure 179 shows the state of stress in the thrust 
fault-bearing model prior to the injection of CO2. Simulation results for different thrust fault 
settings follow. 
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Figure 178.  State of stress in normal fault-bearing model prior to the injection of CO2 

 

Open Boundary Condition  Under open boundary conditions, there was no meaningful 
difference in the system state of stress. Presence of the partial through-going normal fault had no 
effect on the safe CO2 sequestration limits, and the state of stress after CO2 injection for 20 years 
stayed the same as the state of stress presented in Figure 179. The gas, however, broke through 
the brine production wells after 20 years, which is considered the maximum duration of safe 
sequestration for this geologic setting. Due to the negligible pore pressure variation in the model 
under open boundary conditions, a negligible slip of 1.7*10-3 m (Figure 180) was observed on 
the fault surface. As a result, a seismic moment of 0.93 on the Richter’s scale was felt on the 
fault plane, which made the open boundary a suitable setting for CO2 sequestration in the thrust 
faulted anticline model.  
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Figure 179.  Fault slip observed in the normal fault model under open boundary conditions 
 

Closed Boundary Condition  The normal fault-bearing model, with regular contact 
surfaces in a compressional regime, experienced a significant change in the state of stress after 
five years of injection. The effective maximum principal stress increased from 45 MPa at the 
beginning of the injection to 63 MPa. This moved the system state of stress from safe to 
reactivation mode (Figure 181) which resulted in slippage on the fault surface and seismicity.  

The result was an average slippage on the fault face of 2.7*10-3m (Figure 182) which 
induced a seismic moment of 1.07 on the Richter’s scale. This seismicity was on the verge of a 
sensible quake, and one can conclude that the normal faulted formation is not a suitable 
formation for CO2 sequestration.  

 

Average slip: 1.7 * 10-3m 
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Figure 180.  State of stress in the normal fault model after 5 years of CO2 injection under closed boundary 
conditions 
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Figure 181.  Fault slip in the closed boundary system of the normal fault model 

Average slip: 2.7 * 10-3m 
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7.8.Coupled modeling summary 
Coupled fluid flow and geomechanical simulation is necessary for proper modeling of 

CO2 sequestration projects, especially in shallow aquifers where high pressure gradients may 
result from injection of CO2. Adequate meshing techniques that meet the requirements of each 
simulator need to be employed so that realistic modeling of existing geologic features, such as 
faults or fractures, can be achieved. This includes the use of triangular elements near faults or 
fractures and quadratic elements for homogenous sections for precise finite element modeling 
and cubic grid blocks for finite difference modeling. In an effort to model and mitigate the risk 
associated with injection of CO2 into a shallow aquifer, a fully automated coupled geomechanical 
reservoir simulator was developed. The simulator was capable of mapping different grid 
geometries including: populating finite difference and finite element models with corresponding 
data; detecting plastic deformations; and modeling formed/reactivated fractures in cap rock by 
placing equivalent virtual wells at the location of the fracture to measure the amount of CO2 
outflow to upper formations. Based on the results of the simulations, the best location for a CO2 
injection well was determined. As an alternative, drilling a horizontal well in the formation was 
suggested to yield more injectivity with less injection risk. Four representative models for the 
state of Missouri were developed and studied. The coupled geomechanical and fluid flow 
simulation results suggested that the pinch-out setting in the northeastern part of the state is a 
promising formation for prolonged CO2 sequestration in the Lamotte formation. The horizontally 
layered basin settings observed in the southwestern part of the state showed a promising storage 
capacity, but the low water salinity level in that region rendered the location unsuitable for CO2 
sequestration. Both the thrust fault-bearing and normal fault-bearing models that represent the 
faulted regions in the state showed good storage capacities for a short period sequestration on a 
small scale injection rate under open boundary conditions. Neither setting was considered 
suitable for CO2 sequestration under closed boundary conditions due to the risk of fault 
reactivation and the resulting seismicity. In conclusion, the Lincoln fold pinch-out appears to be 
the best candidate for large-scale prolonged CO2 sequestration in the state of Missouri. 

Four potential sequestration models were developed to investigate possible sequestration 
sites in the state of Missouri. First, a horizontally layered model with no geologic unconformities 
representing the southwest settings in the state was investigated. Second, a pinch-out model 
representing the Lincoln fold in northeastern Missouri was studied. The third model developed 
was a model bearing normal faults with large reliefs (50 ft or more) representing Monroe county 
and the central parts of the state, as well as thrust faults with small reliefs (few feet) representing 
Montgomery and eastern parts of the state. The fourth model studied was the anticline model.  
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8. CONCLUSIONS 
The potential CO2 leakage risks and mitigation strategies for those risks were investigated for 
prospective CO2 storage sites in Missouri. The following conclusions were drawn from this 
study:  

• A Shared Earth Model of the shallow Lamotte Sandstone aquifer in the state of Missouri 
was developed for investigation of storage potential and evaluation of leakage risk.  

• Producing brine from the reservoir (water withdrawal) while injecting CO2 benefits 
sequestration in shallow saline aquifers by improving both storage capacity and 
injectivity. Generally, a certain degree of heterogeneity is desirable because it constrains 
the CO2 plume front and prevents CO2 from rising rapidly so that more CO2 is dissolved. 
The effects of porosity and relative permeability on CO2 sequestration are negligible 
when water is withdrawn simultaneously with CO2 injection. 

• If water is not removed, the reservoir pressure will increase and existing fractures will be 
reactivated or new fractures may be formed. However, these fractures will be formed in 
the reservoir first and increase the injectivity and storage capacity before reactivating 
existing fractures or forming new fractures in cap rock. 

• Paraffin wax, silica based gel, polymer based gel, and micro-cement were studied under 
subsurface conditions to investigate their ability to effectively seal CO2 injection-induced 
fractures of widths from ¼ mm up to 1mm. The experiments showed that all sealant 
materials significantly reduce the fracture permeability. However the micro-cement is the 
most effective sealing agent and the only sealant able to withstand the large differential 
pressure caused by CO2 or brine injection. which formed wormholes in the wax and gel 
sealants in fractures above 1 mm. 

• The four sealing materials (paraffin wax, silica gel, Marcit gel and micro-cement) are 
able to seal fractures and reduce fracture permeability. However, none of the sealant 
materials is able to incease the strength of the sealed sample to the level of the original 
intact sample. The breakdown pressure of the intact sample was 2188 psi. The closest 
value to this was 1100 psi for samples sealed with micro-cement.  

• Samples sealed with micro-cement have a higher breakdown pressure (1100 psi) than 
samples sealed with gel (314 psi). In other words, micro-cement is a more resistant 
sealant material than gel. Thus, we recommend FonduTM micro-cement to seal CO2 
leakage pathways.  

• Coupled fluid flow and geomechanical simulation is necessary for proper modeling of 
hydromechanical processes such as CO2 sequestration projects. As CO2 is injected into 
complex geologic structures, adequate meshing techniques, that meet the requirements of 
fluid flow and geomechanics analysis simulators, need to be employed so that realistic 
modeling of existing geologic features, such as faults or fractures, can be achieved. As 
part of this project, we developed a fully automated Coupled Geomechanical Reservoir 
Simulator (CGRS) that links a fluid flow simulator to a geomechanical analysis software. 

• The coupling module treats permeability as a non-linear function of stress and is capable 
of detecting plastic deformation. Once fractures are initiated or reactivated, CGRS 
updates hydraulic permeabilities in the failed regions and, by placing a virtual well at the 
location of the failed elements, is able to calculate the associated fracture outflow. This 
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feature proves significant for CO2 sequestration studies as it provides the amount of 
CO2 flowing into the overburden aquifer system once failure completely penetrates the 
cap rock. 

• Different geological storage models were developed and the pinch-out setting in the 
northeastern part of Missouri appears to be a promising formation for prolonged CO2 
sequestration in the Lamotte formation. 
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9. NOMENCLATURE 
 

Hα enthalpy of phase α 
ql flow rate of phase l 
Uα specific internal energy of phase α 
B fracture aperture 
C empirical constant for shale, 0.27 
Cf compressibility of the fluid 
Cr compressibility of the rock 
Cs specific heat capacity 
d diffusivity(m2/s) 
ED drained Young’s modulus 
ES saturated rock Young’s modulus 
F force vector (N) 
I identity matrix 
K absolute permeability (m2) 
k0 initial permeability 
KD drained bulk modulus 
kf hydraulic conductivity (m/s) 
kf fracture permeability (m2) 
km matrix permeability (m2) 
krl relative permeability to phase l 
KS saturated bulk modulus 
KT thermal conductivity 
kz vertical permeability (m2) 
Lf fracture length 
Lv  length of the element in the direction of maximum 

principal stress. 
Np number of phases 
qH enthalpy source 
qL heat loss 
T temperature 
T time 
u displacement vector (m) 

V Darcy velocity vector 

Greek symbols  
σ total stress tensor 

σ’ effective stress tensor 

σ𝑛′  effective normal stress  
𝑣𝐷 drained Poisson’s ratio 
𝑣𝑆 saturated rock Poisson’s ratio 
∇Φ flow potential (psia) 
α Biot’s coefficient 
β angle of internal friction 
Γ boundary 
φ porosity 
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ϴ failure angle 
Μ viscosity (cp) 
ρ density (kg/m3) 
Ω domain 
 Lamé parameter 
u drained Lamé parameter 
𝛆 strain tensor 

Operators  
∇ Gradient 
()T matrix transpose 
Δa virtual variation of the quantity 𝑎 
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APPENDIX I.  WELL-LOG DATA SET 
 

Well 
No Log ID x y KB TD 

1 019304 492560.2 4109702 1452 525 

2 019136 491630.2 4108903 1473 345 

3 025206 489749.2 4109056 1423 685 

4 005949 488696.2 4109416 1383 342 

5 0028976 488196.2 4108492 1390 605 

6 027997 494118.2 4107358 1465 1635 

7 005842 488146.2 4112874 1362 480 

8 025324 488746.2 4112874 1370 378 

9 013808 485306.2 4111577 1350 438 

10 014464 487745.2 4111033 1426 758 

11 027059 487096.2 4111045 1382 465 

12 027445 488196.2 4110023 1370 750 

13 011765 483858.1 4111564 1343 388 

14 012717 484058.1 4112192 1308 388 

15 017736 483758.1 4111564 1327 440 

16 022761 480986.1 4111078 1169 523 

17 014584 477025.1 4106902 1161 1520 

18 016719 483570.2 4107530 1342 815 

19 020910 476822.1 4106722 1169 1530 

20 011512 480615.1 4112099 1302 692 
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21 015999 480815.1 4112733 1316 800 

22 021001 481015.1 4111675 1232 750 

23 027556 480768.1 4113143 1342 825 

24 028152 480290.1 4113221 1322 1740 

25 014642 479188.1 4112374 1272 1205 

26 019273 478788.1 4112269 1219 771 

27 025801 477849.1 4111760 1293 685 

28 016699 475811.1 4112457 1312 1002 

29 012269 475883.1 4110376 1288 700 

30 004137 478964.1 4110540 1205 1125 

31 011591 478656.1 4110880 1200 1137 

32 016313 478764.1 4111150 1194 630 

33 021708 479264.1 4110134 1255 650 

34 022582 479564.1 4111556 1299 850 

35 024862 479290.1 4110454 1286 685 

36 015898 473553 4110672 1263 1230 

37 023411 472097 4110699 1285 1605 

38 014663 474780.1 4109533 1260 1235 

39 028048 468428 4108842 1280 1290 

40 024119 467574 4107786 1253 1225 

41 019207 474120.1 4107911 1287 875 

42 017363 470630 4112832 1279 1640 

43 017185 467067.9 4111847 1140 1080 

44 027070 465588.9 4111621 1252 1650 

45 028017 465983.9 4111609 1264 1655 
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46 028262 462072.9 4110764 1275 720 

47 026600 460555.9 4110286 1292 1172 

48 002111 457423.8 4108002 1310 1000 

49 013428 458323.8 4107796 1303 1189 

50 028243 458481.8 4108876 1310 1230 

51 028680 458123.8 4108105 1309 1200 

52 020370 457099.8 4106630 1328 755 

53 015539 452779.8 4106517 1313 595 

54 023227 449525.7 4113270 1303 635 

55 014670 447369.7 4112369 1302 1210 

56 019438 484866.1 4116659 1361 645 

57 026548 487075.1 4117063 1237 580 

58 025602 488847.1 4124899 1480 1100 

59 006778 486689.1 4121837 1330 723 

60 017986 488009.1 4124617 1478 715 

61 027345 485043.1 4123117 1400 1410 

62 007298 487640.1 4121056 1416 625 

63 027581 484445.1 4122698 1426 625 

64 004158 480963.1 4120240 1374 683 

65 027459 481563.1 4120650 1300 685 

66 009624 483174.1 4119964 1393 746 

67 020763 482951.1 4118549 1286 617 

68 011959 480128.1 4118213 1381 700 

69 007627 478514 4119716 1386 675 

70 012653 476896 4119170 1333 1256 
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71 003965 475833 4117750 1327 752 

72 007746 477365 4118067 1312 1162 

73 016014 477865 4117965 1333 1210 

74 018160 480474.1 4117399 1360 1600 

75 025185 480874.1 4117189 1356 755 

76 026611 484308.1 4115643 1345 1165 

77 013258 481893.1 4115096 1260 620 

78 017298 480264.1 4114947 1354 745 

79 013415 477161.1 4115987 1341 1632 

80 019405 478032.1 4115315 1353 1625 

81 005400 481443.1 4122899 1358 868 

82 006237 476595 4116438 1337 836 

83 013478 480047.1 4114766 1346 827 

84 027168 480847.1 4113338 1333 800 

85 014095 479594 4122591 1306 575 

86 011782 476190 4123584 1283 1139 

87 028046 477336 4120994 1363 1570 

88 022046 479339 4121125 1385 800 

89 014800 471671 4120352 1298 1275 

90 002719 473482 4120527 1220 740 

100 002863 473482 412032.1 1325 1215 

101 004149 473282 4120731 1339 852 

102 008052 473482 4120325 1319 1215 

103 023339 473482 4120325 1332 1255 

104 006483 474194 4120197 1338 900 
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105 008653 474194 4120197 1340 900 

106 004135 474041 4118451 1275 1217 

107 004334 474041 4119285 1300 1346 

108 000134 473935 4118489 1267 1000 

109 006235 474041 4118451 1267 1202 

110 028238 473973 4119972 1326 1600 

111 003193 473635 4118489 1274 1205 

112 004701 473635 4118489 1280 1209 

113 005269 473835 4118.489.13 1267 1223 

114 009307 473835 4118489 1270 1211 

115 009459 473635 4118489 1286 1231 

116 024393 472635 4119509 1298 1225 

117 005839 472217 4118614 1305 907 

118 027005 472217 4118511 1290 1250 

119 005411 470600 4118554 1270 1515 

120 011381 469999.9 4119582 1290 825 

121 024089 468472.9 4118581 1254 705 

122 017241 466864.9 4118437 1257 715 

123 001903 472664 4123750 1105 1050 

124 001904 472663.9 4124690 1116 1110 

125 002551 472613.9 4124835 1112 1404 

126 006332 473564 4122808 1259 1181 

127 020985 473364 4121868 1186 1055 

128 012699 468216.9 4118096 1258 1216 

129 018272 468121.9 4118396 1246 800 
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130 002028 473080 4117582 1245 1055 

131 003685 472980 4117683 1295 900 

132 001886 475296 4116939 1318 1000 

133 004296 474196 4117657 1315 901 

134 004308 474196 4118271 1302 1250 

135 004568 473996 4118067 1308 1251 

136 004972 473996 4118271 1302 1240 

137 009786 474096 4118169 1308 1251 

138 012784 474796 4118067 1331 875 

139 012928 474996 4118067 1331 875 

140 026723 474996 4118271 1318 1248 

141 013074 471119 4115896 1226 1240 

142 017188 471119 4115896 1246 903 

143 028674 471119 4115690 1217 1330 

144 007925 465812.9 4116182 1265 1152 

145 003716 471264 4114686 1286 1321 

146 012689 470664 4114890 1283 1675 

147 012873 470664 4114890 1283 1675 

148 028129 471064 4114890 1285 1680 

149 025805 468905.9 4122485 1268 800 

150 022630 466681.9 4121917 1277 1390 

151 019844 468235.9 4120410 1299 840 

152 008718 465823.9 4122032 1267 1250 

153 026826 465020.9 4118042 1263 715 

154 027073 465233.9 4118095 1282 715 
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155 005321 451530.5 4140523 1212 838 

156 011829 448419.6 4129699 1070 725 

157 012167 453252.7 4126108 1211 635 

158 012428 477878 4127761 1321 650 

159 012581 461508.8 4128286 1213 626 

160 013071 472883.9 4128100 1138 1388 

161 026632 462194.8 4123055 1253 700 

162 027104 461871.8 4121951 1240 1500 

163 027297 461994.8 4122053 1230 1500 

164 028070 456124.8 4114101 1213 600 

165 017518 460450.8 4125331 1151 570 

166 026141 455281.8 4123623 1205 995 

167 026506 486037 4130861 1419 729 

168 028175 489468.1 4125453 1486 1492 

169 019381 490069.1 4125169 1480 570 

170 027558 479000 4129382 1312 575 

171 028369 481115 4129156 1260 495 

172 025968 475522 4127374 1272 700 

173 027455 481235 4125291 1370 605 

174 016797 437277.8 4128902 1082 700 

175 013072 473883.9 4128100 1138 1388 

176 013104 472283.9 4127494 1136 1403 

177 013106 472883.9 4127290 1157 1401 

178 027609 473183.9 4128405 1140 500 

179 013105 472063.9 4128373 1127 1366 
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180 025644 458861.7 4130418 1205 1105 

181 019701 462044.8 4128927 1244 1130 

182 023337 462308.8 4128904 1242 850 

183 028499 460926.8 4128610 1191 1125 

184 028684 449527.6 4129803 1076 1580 

185 016304 446711.5 4132744 1046 565 

186 022652 492974 4140829 1227 225 

187 013769 486891 4137783 1251 550 

188 025330 486702 4136939 1253 1150 

189 027374 476759.9 4137038 1265 700 

190 027753 468768.8 4137339 1230 565 

191 020347 451479.5 4140.753.26 1220 1162 

192 028149 453698.6 4138244 1180 805 

 

 

 

  



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
232 
 

232 
 

APPENDIX II.  EXPERIMENTAL TEST SET-UP AND RESULTS 
 

A.1. Methodology and experimental procedure of fracture permeability study  
The change in fracture permeability before and after sealing was measured by drilling 

one inch diameter cores out of the Lamotte Sandstone, Bonneterre limestone, and Davis Shale 
Derby-Doerun Shaly Dolomites. The intact core permeability was measured in the high pressure, 
high temperature core flooding apparatus developed for this project. The laboratory set up is 
shown in Figures A.1 and A.2. A syringe pump pressurized the transfer cylinders (upright steel 
cylinders in Figure A.2a) before the gas or liquid was filtrated prior to entering the core holder 
(horizontal steel cylinder in Figure A.2a). The pressure drop was measured over the core holder 
and the gas and fluids were separated in the separating beaker (Figure A.2b). Outlet gas flow was 
measured and outlet liquid flow was diverted to either a 0.25 lb scale or a 5 lb scale depending 
on expected flow rate. The core holder was mounted inside a constant temperature cabin to 
ensure that fluid densities were not affected by temperature. The apparatus had capabilities for 
elevated temperatures which were not used in these experiments. Carbon Dioxide (CO2) was 
used for the gas permeability testing and 4% wt of Potassium Chloride (KCl) brine was used for 
the liquid permeability testing.  A confining pressure of 1500 psi was used and flow rates ranged 
from 0.5-3.0 mL/min for the liquid permeability tests. Flow rates for the gas permeability tests 
ranged from 0.5-5.0 mL/min.  

After the intact permeability was measured, the core was cut in half as shown in Figure 
A.3. A grinder wheel was used to create an artificial fracture of 9.5 mm in height and 0.5 mm in 
width along the whole core length (Figure A.3). The core was then inserted back into the core 
holder and fracture permeability was measured with flow rate of 1.0 to 2.0 mL/min. Detailed 
experimental procedures for sample preparation are found in Appendix A. 
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Figure A.1.   Schematics of the core flooding apparatus for intact and fracture permeability tests. 
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Figure A.2.  A) The core flow cylinder and experiments are mounted inside a constant temperature cabinet. 
B) Liquid and gas separation beaker and weight measurements are shown.  

 

 
Figure A.3.  Figure shows how the artificial fractured core is created. First the core is cut in half with a rock 
saw before a grinding wheel is used to create an artificial fracture. 

 

 

A B
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Four types of sealing agents were tested for the various formations and different fracture 
widths: (a) paraffin wax (b) silica gel (c) polymer gel (d) FonduTM micro-cement. 

A.1.1. Paraffin wax as fracture sealing material 

A special wax injection system and procedure was developed to inject the paraffin wax 
sealing agent (Figure A.4 a,b). First, cores were vacuumed using the core flooding system and 
then  saturated with 4% KCl brine before CO2 was injected until no more brine flowed out. 
Paraffin wax was heated until the temperature reached 275 ºF, and the core was placed in the 
accumulator which was then filled with paraffin wax until the core was completely submerged. 
The accumulator was pressurized with 100 psi of CO2, and the wax was cooled for 12 hours 
before removal from actuator (Figure A.4 c). The final step (shown in Figure 8c) was to remove 
excess paraffin wax from the core and scrape the injection and discharge faces free of any 
remaining wax. Detailed experimental procedures can be found in section A.4.2. 

 

 
(a)                                                            (b)                                                (c) 

 
Figure A.4.   a) Picture of paraffin injection system b) schematics of paraffin injection system c) Fractured 
core removed from paraffin wax injection system. 

A.1.2. Gel and silica as fracture sealing materials 

In order to obtain consistent polymer and silica gel sealing agent injection results, the 
apparatus and procedure had to be modified from the previous experiments. Figure 9a shows the 
modified injection caps which were used with the gel injection system (Figure A.5 a to the right). 
These injection caps were more effective at injecting the sealant into the fractured core than the 
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traditional distribution cap. The new injection caps only allowed injection from a 1/8 in diameter 
hole in the cap which forced the flow into the fracture, and more repeatable sealing fracture 
permeabilities were measured. Repeatability improved because the wax plugged up the 
distribution channels in the distribution caps, which resulted in less effective injection into the 
fractures, thereby reducing the amount of sealant transferred into the fractures. Preparing the 
experiments for the injection sealant involved subjecting the core to vacuum by using the core 
flooding system. The vacuumed core was then saturated with 4% KCl brine before CO2 was 
injected through the core until no more brine came out. The next step involved hooking up the 
core holder to the injection system (Figure A.5 b, Figure A.5 c). The polymer or silica gel was 
injected through the fractured core at 100 psi until a steady stream of polymer was discharged 
from the core holder. The outlet valve was closed on the outlet line while the pump continued to 
run at 100 psi for 15 minutes. The valve was closed on the injection line, and the core was 
exposed to 150 ºF for 12 hours. The core holder was then removed from the injection system and 
the sealing agent was allowed to set. The injection cap was removed, the core surface was 
cleaned of any excess polymer, and the core holder was reassembled with the distribution plugs. 
Detailed experiment procedures can be found in section A.4.3. 

 

 

 

 

Figure A.5.   a) Distribution cap (Left) and Injection cap (Right) b) Picture of gel injection system c) 
Schematics of gel injection system. 
 

Two types of gel systems were tested: (1) silicate based gel (2) Marcit polymer based gel. 
The gel strength was measured using a rheoscope to determine the concentrations of silica gel 
and polymer gel. Table A.1 provides the different gel compositions prepared for the testing. 

Table A.1  Silica gel and Marcit polymer concentrations mixed to determine concentrations. 
Gel Silicate Calcium Chloride Distilled Water Polymer Concentration [ppm] Polymer to Crosslinker Ratio 

S1 7% 6% 87%   
S2 7% 8% 85%   
S3 7% 10% 83%   
M1 

   
4000 44:1 

M2    5500 55:1 
M3 

   
7000 55:1 

M4 
   

8500 66:1 
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Table A.2: Cement plastic and yield point selection. The 45% water sample is highlighted.  

 

% Water 300 
RPM 

600 
RPM 

Plastic viscosity 
(centi Poice) 

Yield Point 
(lb/100ft2) 

5 
m

in
ut

es
 

65% 4.5 10 5.5 4.5 

60% 6.5 12 5.5 6.5 

55% 7 13.5 6.5 7 

50% 7 14 7 7 

45% 10.5 19 8.5 10.5 

40% 13 27 14 13 

35% 21 46 25 21 

30% 73 139 66 73 

15
 m

in
ut

es
 

65% 4 9.5 5.5 4 

60% 5 10 5 5 

55% 5.5 11.5 6 5.5 

50% 7 14 7 7 

45% 11 19.5 8.5 11 

40% 14 27 13 14 

35% 20.5 44 23.5 20.5 

30% 57 108 51 57 

30
 m

in
ut

es
 

65% 4 9 5 4 

60% 5 10 5 5 

55% 6 12 6 6 

50% 8 15 7 8 

45% 13 21 8 13 

40% 16.5 29 12.5 16.5 

35% 22.5 44 21.5 22.5 

30% N/A N/A N/A N/A 

 

A.1.3. Micro-cement as fracture sealing material  

The fourth type of sealing agent investigated was the micro-cement used to seal off 
micro-annulus in wells. The plastic viscosity and yield points for multiple concentrations were 
measured at time intervals of 5, 15 and 30 minutes by using a Fann drilling fluid viscometer to 
find the correct cement concentration (Table A.2). The lowest water concentration possible was 
desired because it would reduce the potential for shrinkage during the cement curing process 
while still allowing for fairly easy flow. Based on the initial water concentration screening, a 
sample with a water content of 45% was determined to have the lowest water content with 
acceptable plastic viscosity and yield points (Table A.2). The shrinkage of the 45% water content 
cement mixture was checked and given an acceptable shrinkage level of 1.4% (Table A.3). 
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Table A.3.  Cement shrinkage results 

 
45% Water, 55% Micro cement FonduTM 

 
Volume Initial 

[mL] 
Tube Diameter 

[cm] 
dL 

[cm] 
Shrinkage Volume 

[mL] Shrinkage  

Open 40 2.656 0.101 0.560 1.40% 
Closed 40 2.656 0.133 0.737 1.84% 
 

The Polymer/Silica Injection System could not be used for cement injection because the 
floating piston would become seized in the cylinder. Also, the design of the core holder would 
have caused the core sample to become cemented to the rubber sleeve making the core difficult 
to remove. The Paraffin Wax Injection System would also not work because the cement would 
bind the walls of the accumulator and prevent the sample from sliding out easily. In order to 
avoid these issues, a different injection procedure had to be used (Figure A.6). 

1. Determine volume of cement needed 
2. Determine the quantity of dry FonduTM and water required for the volume designated in 

Step 1 
3. Weigh the required quantity of dry FonduTM and water 
4. Use an overhead mixer to stir the water and slowly add in the dry FonduTM 
5. Mix the cement for 10 minutes 
6. Apply mixed cement on cut cores and clamp together  

 

 

 

 

 

 

 

 

 
  
Figure A.6.  Cement FonduTM Preparation 

A.1.4. Long term thermo-stability of polymer gels  

Potential sealant materials need to be stable when exposed to CO2 to ensure CO2 is stored 
safely over the long-term in the reservoir. Marcit polymers cross-linked with Chrome acetate 
were investigated. All reagents were used as received, and all solutions were prepared in de-
ionized water. The reaction tube was specifically designed to withstand high pressures and 
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temperatures (Figure A.7). The laboratory set up was constructed with high-density polyethylene 
which can withstand elevated temperatures of up to 150oC and is chemically inert. 

The gelants shown in Table A.4 were prepared following a series of steps. A 1% (10,000 
ppm) polymer solution was prepared by dissolving a measured amount of polymer in de-ionized 
water. Four different polymer concentrations were prepared by dilution from this: 4000 ppm, 
5500 ppm, 7000 ppm and 8500 ppm. The corresponding Chrome acetate volume was added and 
stirred for about 20 seconds. Three different sets of four samples were prepared. The first set was 
placed in an oven for 2 hours at 65oC for gel formation to occur. After the samples had 
gelatinized, they were vacuumed to about 1 atm, and CO2 was injected into them to about 10 
atm. The second set of samples were similarly placed in an oven for 2 hours at 65oC. No CO2 
was injected into these samples after being gelatinized. In the third set of samples, CO2 was 
injected before the samples were placed in an oven. All three sets were kept at room temperature 
for 7 months and evaluated regularly for changes in gel strength and viscosity. 

A semi-quantitative bottle test method developed by Sydansk (1988) was employed to 
measure gel strength. In this method, a specific letter code from A to J was assigned to a 
particular gel strength (Table A.5). The codes ranged from (A) “no detectable gel formed” to (J) 
“ringing rigid gel”. The CO2-sealed gels in the bottle tubes were inverted, and the gel strength 
was measured as a function of time. Samples were consistently inspected monthly by visual 
observation for changes in gel fluidity. By inverting the bottles during each reading, the gel’s 
flow characteristics under the influence of gravity were observed.  

 

Table A.4.  Gel strengths for the different set 1 samples sealed in CO2 
 

 

 

 

Figure A.7.  Experimental setup for long term stability testing 

 

Sample  Gel strength Code 

4000 ppm C 

5500 ppm D 

7000 ppm F 

8500 ppm G 
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Table A.5. Sydansk gel-strength codes (Sydansk, 1988) 

Gel Strength Code Description 
A No detectable gel formed The gel appears to have the same fluidity as the original 

polymer. 
B Highly flowing gel The gel appears to be only slightly more viscous than the 

initial polymer solution. 
C Flowing gel Most of the obviously detectable gel flows upon inversion. 

D Moderately flowing gel A small portion (5 to 15%) of the gel does not flow readily 
upon inversion. 

E Barely flowing gel 
The gel can barely flow to the bottle top, and/or a 
significant portion (>15%) of the gel does not flow upon 
inversion. 

F Highly deformable 
 non-flowing gel  

The gel does not flow to the bottle top upon inversion 
(reaches a point just short of bottle top). 

G Moderately deformable non-
flowing gel 

The gel flows approximately half the way down the bottle 
upon inversion. 

H Slightly deformable  
non-flowing gel Only the gel surface slightly deforms upon inversion. 

I Rigid gel There is no surface deformation upon inversion; gel is 
stable and clear. 

J Ringing rigid gel A tuning-fork like mechanical vibration can be felt after 
tapping the bottle. 

 

A.1.5. Results 

The first part of the results section reports the experiments conducted to evaluate the 
sealing efficiency of the four different sealing agents. The second part reports the long-term fate 
of polymer gels. 
 

Gel strength was measured to determine the concentrations of silica gel and Marcit 
polymer in the sealing agent solution.  Figure A.8a and A.8b shows the gel strength for the silica 
gel and the polymer gel respectively.  Gel S3 silica gel concentration had the highest gel strength 
and was used for further testing.  Gel M4 polymer gel concentration had the highest gel strength 
and was used for the fracture core testing.   

The long-term stability of CO2-exposed fracture sealing materials was investigated for 
polymer gels as reported below. Cement, the other likely fracture sealing agent, was not 
investigated since it had already been investigated by other researchers (Shen and Pye, 1989, 
Kutchko et al., 2007, Bachu and Bennion, 2008). When CO2 comes in contact with regular 
Portland cement, the cement is not chemically stable. CO2 gas in water will reach equilibrium 
with water through the following reaction; 

CO2 + H2O = HCO3- + H+ = CO3
2- + 2H+ 
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Regular Portland-based cements contain CO(OH)2 which will react with CO2 when water 
is present and form solid calcium carbonate through the following chemical reaction; 

Ca(OH)2 + CO3
2- + 2H+ = CaCO3 + 2H2O 

This process is called cement carbonation. Even if this process does alter the composition of the 
cement it leads to lower porosity in the cement since calcium carbonate has higher molar volume 
(36.9cm3) than Ca(OH)2 (33.6cm3)  (Shen and Pye, 1989). From a cement sheath integrity 
perspective, this reaction will actually improve the cement properties and therefore the 
carbonation is a self-healing mechanism in the carbonate. Bachu and Bennion (2008) performed 
two sets of flow experiments for 90 days at 60°C on a class G cemented annulus. The first set of 
experiments used CO2 saturated brines and the second set of experiments used ethane instead of 
CO2. The CO2 flushed sample had the lowest permeability, likely caused by carbonation. In a 
CO2 sequestration project, the available supply of CO2 will continue the carbonation process as 
long as Ca(OH)2 is present in the cement. However the calcium carbonate is also soluble with 
respect to CO2 even though it is more stable than Ca(OH)2. Experiments by Kutchko et al. (2007) 
showed that when all Ca(OH)2 is reacted in the carbonation process, the pH will drop 
significantly (Zone 1 on Figure A.8). When the pH drops, more of the CO2 will react with water 
and form HCO3- (Zone 2 on Figure A.8). The abundance of HCO3- will react with the calcium 
carbonate and form calcium(II)carbonate which is soluble in water and can move out of the 
cement matrix through diffusion (Kutchko et al., 2007). The final reaction that occurs in zone 3 
(close to the cement surface) is calcium silicate hydrate reacting with H2CO3 and forms calcium 
carbonate (CaCO3) according to the following chemical reaction; 

3 H2CO3 + Ca3Si2O7 * 4H2O           3 CaCO3 + 2SiO2 * H2O + 3 H2O  

The volume of calcium silicate hydrate is greater than that of calcium carbonate, and this 
reaction will increase the porosity of the cement in zone 3 closest to the reservoir formation 
containing CO2. Therefore cement would not be stable when exposed to an abundant source of 
CO2 over a long period of time.   
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Figure A.8.  Illustration of the chemical reaction zones in cement casing. First Zone-Ca(OH)2 dissolves and 
CaCO3 forms. Second Zone-CaCO3 dissolves when Ca(OH)2 is spent. Kutchko et al. (2007). 
 
 
 
Table A.6.  Gel stability of CO2-sealed set 1 samples after 7 months 

 

 

 

 

 

 

Table A.6 displays the results of gel stability for CO2-sealed samples after 7 months of 
CO2 exposure. At the end of seven months, no changes were observed in gel flow behavior in all 
samples compared with the initial flow observation for any of the gel concentrations. Hence we 
concluded that gels were stable in a CO2 environment for this time period. Additionally, gel 
formation occurred faster in a CO2 environment than in an air environment (Table A.7). This 
could be ascribed to the quartet of lone pair electrons present in the CO2 oxygen atoms which 
facilitate ligand binding with Cr3+ crosslinker.  

 

Table A.7.  Gel formation occurred faster in CO2 environment than in air 

   
Sample type 

 

   

Gel strength 
code 

 Time, 
(months)   

4000 
ppm 

5500 
ppm 

7000 
ppm 

8500 
ppm 

1 
 

C D F G 
2 

 
C D F G 

3 
 

C D F G 
4 

 
C D F G 

5 
 

C D F G 
6 

 
C D F G 

7 
 

C D F G 
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The stability tests showed that the polymer gels do develop wormholes due to differential 
pressure but are chemically stable. The opposite is true for micro-cement which can withstand 
pressure but is not chemical stable. Therefore, a better approach to seal fractures may be to inject 
micro-cement as a primary fracture filling material with polymer gel injected as a secondary 
fracture filling material to avoid CO2 contact with the cement. 

A.1.6. Fracture integrity after CO2 injection (Shear testing of sealed, fractured rocks) 

Geological CO2 storage projects are designed to maintain secure storage for thousands of 
years. Potential leakage of injected CO2 from the reservoir to the surface is brought about by 
reactivation of pre-existing faults and fractures caused by the changes in the state of stress and 
pore pressure. A geomechanical characterization, which refers to the assessment of the in-situ 
stress, elastic properties and strength of the rock, helps to determine the effectiveness of the 
sealant material to continuously seal the cap rock during periods of stress and pore pressure 
changes. This helps avoid damage to the reservoir sealant materials, ensure fault stability and 
validate maximum sustainable pore pressure. Thus, the integrity of the reservoir storage capacity 
is maintained during and after injection of CO2 in underground formations. 

In this study, a direct shear apparatus was assembled in order to determine the direct 
shear strength of the rock. Mohr-Coulomb failure criteria, slip tendency parameters and joint 
roughness coefficient were used to estimate the possibility of reactivating pre-existing faults and 
fractures in the cap rock and the reservoir rock. Three experiments were run: 

1. Fractured rocks with no sealant material (air) 

2. Fractured rocks sealed with micro-cement 

3. Fractured rocks sealed with Marcit gel. 

    Time, hrs   
4000 
ppm 

5500 
ppm 

7000 
ppm 

8500 
ppm 

  
0 

 
A A A A 

  
1 

 
A A A B 

No CO2 in 
sample 1.5 

 
B B D E 

  
2.5 

 
C D F G 

  
  

     
  

  
     

  
0 

 
A A A A 

CO2-sealed 
sample 0.5 

 
A A A A 

  
1 

 
C D F G 
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Fault activation is basically activation of pre-existing faults which may occur whenever 
the shear stress acting on the fracture plain exceeds the Mohr-Coulomb failure criteria. This is 
represented by equation 1, where 𝜏𝑠 is the shear stress, 𝜑 is the friction angle, c is the cohesion 
and 𝜎𝑛 is the normal stress. The practical application of this equation is that whenever the left 
side exceeds the right side, the fault will slip creating the possible leakage pathways for CO2.  

|𝜏𝑠| ≥ 𝑐 + 𝜎𝑛𝑡𝑎𝑛𝜑                                                                                                          (1) 

The essence of this study was to ascertain that, when the fault slips and reactivates the 
fracture, the sealant material will also move accordingly to occupy this new fracture, thereby 
continuously sealing the fracture and maintaining a zero change in fracture permeability. In order 
to achieve this, we designed our experiment to simultaneously measure both the shear strength 
and the variation in permeability of the sealed fracture with shearing.  

 

A.2. Sample preparation for direct shear test 
The rock used for mechanical testing in this research was cored from the outcrops of 

formations found in the region under consideration for CO2 sequestration. The formation 
selected as a possible reservoir for CO2 storage was Davis Limestone. 

The samples were prepared by cutting the source rock using the rock saw in the 
department.  

A.2.1.Sample dimension   

Cubical test specimens with 4 in length, 4 in width and 5 in height dimensions were used 
for the test. Rock boulders were carefully cut into cubical shape using the rock saw. Fractures 
were created in the rock samples by cutting the cubic rock boulders into equal halves using a 
rock saw. The rock sample after creating the fracture is shown in Figure A.9.  

 
FigureA.9. Rock sample after creating the fracture  
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A.2.2.Cementing of the rock sample        

Quick-drying cement was used to cement the sample inside the shear ring. A 1:3 water to 
cement ratio was used for cementing. The following steps were taken in the process: 

• One half of the rock sample was placed inside the bottom shear ring and positioned at the 
desired location using molding clay. 

• Cement slurry was poured from the sides of the rock sample in the bottom shear ring to 
within a few millimeters from the top which can be seen from Figure A.10. 

 

 

 

 
 
Figure A.10.  Cementing of the rock sample 
 

• Cement slurry was allowed to set for 4-5 hours. 

• Sealant material was placed on the surface of this half of the sample. 

• The other half of the sample was placed on top of the sealant material to seal both 
samples together. 

• Two halves of the spacer rings were placed on the top of the bottom shear ring. 

• Gap was filled using the molding clay so that the cement slurry did not go inside the 
sealed fracture which is shown in Figure A.11. 

 
Figure A.11.  Rock sample inside the shear ring 
 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
246 
 

246 
 

• Upper ring was fully tightened by the holding screws after it was placed on the spacer 
ring. 

• Another batch of cement slurry was poured on top of the molding clay filling the upper 
specimen within a few millimeters from the top. 

• Cement was allowed to cure to gain its full strength. 

• Spacer bars were removed after the cement was fully cured and the rock sample was 
ready for the testing which is shown in Figure A.12. 

  
Figure A.12.  Shear ring wihtout spacer 

A.2.3. Direct shear testing system 

The GCTS direct shear apparatus was able to test a wide range of rock mechanics 
specimens to determine the shear strength of the fractures in the rocks. The system worked on 
the application of normal load and horizontal shear load. The normal and shear deformations 
were monitored using either linear variable differential transducers (LVDTs) or dial gauges. The 
shear load, shear deformation, normal load and normal deformation were monitored by the 
GCTS CATS software which included inputs from them. At the end of the experiment, a shear 
stress versus time graph was generated from which peak and residual shear strength were 
determined. Shear strength was measured by the apparatus in KPa (Kilopascals). Two air/oil 
booster pumps were used to set the normal load and shear displacement rate. An ISCO pump 
attached to this shear apparatus measured the fracture permeability simultaneously as shearing 
took place. Figure 19 illustrates the schematic diagram of the direct shear apparatus.  

The fracture permeability was measured from the following equation:  

k = Qµwln(r2/r1)/2πeHgρw   

where Q is the fluid injection rate, Hgρw is the pressure head at the injection point, e is 
the conducting aperture of the fracture, µw is the dynamic viscosity of water, r1 is the 
radius of the injection well, and r2 is the equivalent outer radius of the fracture surface.  

Where: 

r2 = √(L1 x L2)/π 
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L1 and L2 are the lengths of the sides of the fracture surface. 

e = √ ((6Qµw ln(r2/r1) / (πHgρw))1/3
   

Figure A.13 shows different components of the direct shear apparatus. Normal load was 
applied from the normal actuator and shear load was applied from the shear actuator. 
Hydraulic/air pressure of 30:1 was used to apply normal and shear load on the rock sample. 
Normal pneumatic oil was used in the hydraulic pump, which was supplied to the shear and 
normal actuator through strong rubber cables as shown in Figure A.13. The control panel, from 
which all the parameters are controlled, is also shown in the figure.   

 
Figure A.13.  Direct shear apparatus 
 

The system is composed of the following components: 

Normal loading mechanism  

Shear loading mechanism  

Normal and shear load detection 

Normal and shear deformation detection  

Pump system 

Direct shear sample mounting 

Normal Load Mechanism 

The normal load is evenly distributed over the plane to be tested and is applied using a 
hydraulic mechanical system. The normal load is applied through a normal load actuator and the 
normal load actuator stroke must be greater than the dilation expected during the experiment. 
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Shear Loading Mechanism 

The shear load is also applied using a hydraulic system. The shear load is applied through 
a shear actuator which is mounted on the apparatus to apply horizontal load. The load is 
distributed evenly along one half face of the test sample with the resultant force acting in the 
direction of shearing. There are also low friction devices built in the apparatus to ensure the 
resistance to shear displacement is less than the shear force applied. 

 

 

Normal and Shear Load Detection 

The normal load is monitored using a normal load cell mounted between the normal load 
actuator and the top of the shear box. The shear load is monitored using a shear load cell 
mounted between the shear load actuator and side of the shear box. The load accuracy is ± 2% of 
the maximum force reached in the test.  

Normal and Shear Deformation Detection 

The normal deformation is measured using a normal load sensor, which is a linear 
variable differential transducer (LVDT), attached at the top of the normal load cell and the 
swivel pipe. The shear load is measured using a shear load sensor, which is also an LVDT, 
attached to the top of the shear actuator. 

Pump System 

Two air/oil booster pumps operate at 100 psi, and this compressed air allows the user to 
easily set the normal load and alter the shear deformation rate. The shear pump includes a 4-way 
valve to easily reverse the loading direction. The values of the normal load and shear 
deformation are digitally displayed, and all the controlling knobs are set on an easily 
comprehensible front panel of a metal cabinet. 

Direct Shear Sample Mounting 

Test samples for direct shear testing were 4 inches long, 4 inches wide and approximately 
5 inches high. The samples were prepared using a rock saw. The rock sample was cemented 
using quick dry cement inside two shear rings of 6 inch diameter each which were capable of 
holding a 150 mm dia/150 mm high rock sample. The shear ring was then placed inside the shear 
box for the experiment. The shear box was then subjected to the constant normal load and 
horizontal load with an increment of 0.05mm/second. Figure A.14 shows the schematic diagram 
of the shear ring with the spacer after the sample was prepared. 
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Figure A.14.  Direct shear apparatus 
 

A.2.4. Data acquisition & measurement system components 

The direct shear system features electronic sensors and digital displays which are set in 
front of the metal cabinet panel to monitor the loads and deformations. A standard A/D 
automatic data acquisition with USB interface is included in the system which automatically logs 
and refines test data. The USB interface connects the control panel with the computer. All the 
data is recorded within a CATS software. The GCTS Direct Shear Test mode program within the 
CATS software is an easy program to use which allows the user to directly setup and conduct the 
direct shear tests. The program allows for real-time determination and control of various test 
inputs, such as corrected area of the specimen, normal stress and shear stress. The software also 
enables tests to be conducted in multiple stages like consolidation, universal stage or shear 
loading. The consolidation stage is used to perform the normal consolidation, universal stage is 
used to define different test sequences and shear loading is used for the optimization of the shear 
loading. Electric sensors are attached to the system from which the program measures normal 
load, shear load, normal deformation and shear deformation.  

A.2.5. Lab experimental procedures 

The Direct Shear test is administered to find the shear strength of a rock. The system 
components of the direct shear apparatus are shown in Figure A.13. The step by step procedure 
to run the direct shear test on the lab setup is shown below: 

1. Dimensions of rock samples are noted in an excel file with the geological data.  
Photographs should be taken to keep record of the test progress.  

2. Apparatus should be set up before the experiment. 
3. Sample is to be properly cemented before the experiment, and the spacer bars should be 

removed before the shear rings are placed inside the shear box. 
4. Before the sample is placed inside the shear box, the screw on the top of the lower shear 

box should be unscrewed to create a passage for air when the sample is inserted as shown 
in Figure A.13. 
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5. Sample should be carefully inserted into the bottom shear box using some friction 
reducing fluid on the sides of the shear ring. If the sample does not go in easily, a rubber 
hammer should be used to hit the sample very carefully from the top so that it does not 
break from the middle.  

6. Once the sample is inside the lower shear box, the screw is used to shut the passage of 
air. 

7. The top shear box must be lifted from the handle, after unscrewing the screw at the top of 
the upper shear box, and slowly lowered onto the top of the shear ring. 

8. Friction reducing fluids are used to reduce the friction between the shear ring and the 
shear box, and a rubber hammer is used to hit the upper shear box from the top. The 
screw is again used to shut off the air. 

9. Fracture is exposed at this time between both the shear rings. 
10. Pumps, apparatus and the computer are switched on once the sample is in place. 
11. Software is started and a new project is created. All the inputs should be inserted in the 

new project for the desired sample. 
12. The knobs on the front of the control panel should be checked before each experiment as 

shown in Figure A.13. 
13. Turn normal load knob fully counterclockwise and the shear load fully clockwise. 
14. Turn normal direction control to down and shear direction control to pull. 
15. Pump is turned on to start the experiment. 
16. The swivel top is properly placed and aligned with the upper box.  
17. The normal load is turned clockwise to increase the normal load to the desired value. 
18. The normal load is maintained constant throughout the experiment. 
19. After all the settings in the software are done, the experiment is executed and the shear 

load knob is turned to the left to slowly maintain the increment of shear load at the rate of 
0.05mm/sec. 

20. The shear loading continues until the peak and residual shear strength of the rock sample 
is achieved.  

21. The data from the test is collected and analyzed to get the shear stress versus time graph 
from which peak and residual shear strength are obtained.  

22. After the experiment, the cemented rock inside the shear ring is taken out very carefully 
using a hammer and a chisel. 

A.2.6. Results and discussion 

Contrarily, the initial permeability of the fracture sealed with cement was higher than that 
of the polymer and air-tight samples (Figure A.15). This was due to de-bonding of the cement – 
fracture boundary due to the application of normal and tensile stress. The smooth fracture 
surfaces easily led to the de-bonding of the cement – fracture boundary when stress was applied.  

Table A.8.  Direct shear strength results 
Shear 
level 

Sealing 
material 

Permeability, 
(m^2) 

Shear Deformation, 
(mm) 

0% 
Air 3.70512E-09 0 

Cement 6.41817E-09 0 
Polymer 3.71942E-09 0 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
251 
 

251 
 

 

 

 

 

 

 

 

The permeability of the air-tight sample was approximately constant (3.7E-9 m2) 
throughout the shear deformation process (Table A.8). This was consistent with expectations 
since the fracture surface was smooth.  A similar explanation applies to the constant permeability 
of the polymer sample. Overall, it was observed that the smooth or non-natural state of the 
fractures caused an almost constant permeability value in all three samples. Sealant material did 
not properly bond to the fracture surface. Thus, in subsequent experiments, a natural fracture is 
recommended.  

 
Figure A.15. Variations in fracture permeability with different sealing material and different shear levels. 

A.3. Strength of Sealed Fractures (Triaxial testing of sealed, fractured sample) 
In order to test the strength of the sealed fractures, a tri-axial test was performed on three 

different core samples: (a) intact, unfractured core (b) fractured core sealed with micro-cement 
(c) fractured core sealed with Marcit gel. The purpose of this test was to measure the fracture 
pressure of the intact core and compare it with the fracture pressure of the fractured core sealed 
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with micro-cement and Marcit gel.  Knowing the pressure necessary to reopen a sealed fracture, 
which is sealed with micro-cement or gel, provided a guideline during CO2 injection. Exceeding 
such pressures would reopen an already sealed fracture and serve as a leakage pathway for stored 
CO2. 

Rock fracturing (hydraulic fracturing) experiments were performed using a 10,000 psi 
fracturing cell with fractured concrete core samples being 10 cm in diameter by 20 cm in length 
with a borehole diameter of 1 cm, fracture width of 0.1 in, fracture height of 0.5 cm, and fracture 
length being the length of the entire core. During the first phase of the experiments, confining 
pressure, axial load and borehole pressure were applied simultaneously until the desired 
confining pressure was reached. Once confining pressure and axial load satisfied the setup 
requirements, the second phase involved increasing borehole pressure with drilling mud until the 
wellbore broke down. A repetitive sequence of fracturing experiments was conducted, including 
an initial fracture propagation followed by one reopening fracture experiment after 10 minutes of 
initial fracture. The reason concrete cores were used was due to their ability to deliver a close 
representation of low permeable formations such as shale and chalk. In this section, the 
experimental set up, data acquisition system, core preparation and procedure will be explained in 
detail.  

A.3.1. Methodology and experimental procedure of triaxial test 

The overall goal of the experimental setup was to understand the concept of CO2 leakage 
through sealed fractures by means of performing hydraulic fracture experiments under confining 
pressures thus simulating downhole conditions.  

Before performing any kind of experiments, comprehensive knowledge of each 
component involved in the overall system is critical, as the sum of all parts gives life to the 
whole assembly. Several detailed steps, which may seem redundant, have been explained in 
order to clarify their importance. Underestimating the functionality of any isolated part of the 
experimental setup, may lead to inadequate results or structural damage.  In order to illustrate the 
system’s complexity a fully detailed schematic can be found on Figure A.16. 
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Figure A.16.. Hydraulic Fracturing System Schematic 

 

In order to start performing hydraulic fracture experiments, the accumulator valves must 
be set to injection mode and the accumulator emptied so no other fluid other than the intended 
fluid is found on the injection line. A core is then placed into the hydraulic fracturing apparatus.  

Overburden and confining pressure are applied to the core before starting to run the 
experiment. Overburden stress is obtained by a piston pushing down on the top cap, and 
confining pressure is applied by building pressure inside a rubber sleeve in the apparatus. 
Fracturing fluids are prevented from escaping the bottom and top of the wellbore by placing an 
o-ring at the seat of the core holder, and by bonding bottom and top caps to the core sample. In 
addition, each cap has its casings cemented to the wellbore.  

The previously mentioned accumulator, which is mounted on the wall, is used to inject 
the drilling mud or other hydraulic fracturing fluid aside from water, since water is injected 
directly from the pumps to the core. Two gauges are located on the hydraulic fracturing 



Geomechanical Simulation of CO2 Leakage and Cap Rock Remediation                                  
254 
 

254 
 

apparatus. One gauge is used to control and compare injection pressure as the experiment is 
being run; the other gauge is used to monitor confining pressure. A computer is used to record 
the data as the experiment is being run by using the Isco Pump software. At this point, the setup 
is ready for injection. Valves are located on the accumulator, as well as on the injection line, and 
set to refill. The accumulator is refilled with the desired mud. The bottom exit valve must be 
open to remove air from the wellbore. Once this is complete, the bottom exit valve must be 
closed and pumping stopped. The Isco Pump software is opened to record data. head losses in the 
injection line is 100 psi, This should be taken into account and subtracted accordingly from the 
data recorded. A name must be assigned to the file and the pump connected to the software in 
order to start running the experiment. In between cycles, from original breakdown and 
reopening, the wellbore must be depressurized by opening the bottom exit valve and closing it 
right away. A complete check list for the experimental procedure can be found in section A.4.5 
and A.4.6. 

A.3.2. Results  

Three different tests were performed; intact concrete sample, fractured concrete sealed 
with micro-cement and fractured concrete sealed with Marcit gel (Figure A.17).  

 
Figure A.17.  Prepared samples used for experiment: (a) intact, unfractured concrete, (b) fractured concrete 
sealed with micro-cement and (c) fractured concrete sealed with Marcit gel. 
 

An original breakdown cycle was performed injecting 6% Bentonite drilling mud. 
Overburden pressure was applied at 8300 psi, and confining pressure was set to 200 psi. In the 
unfractured sample, the breakdown pressure occurred at 2188 psi and reopening pressure took 
place at 1856 psi. In the fractured sample sealed with micro-cement, the breakdown pressure 
occurred at 1100 psi and reopening pressure took place at 1025 psi. In the fractured sample 
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sealed with gel, the breakdown pressure occurred at 265 psi. There was no reopening pressure 
due to the very weak nature of the gel sealant material. The fracture did not heal after the original 
breakdown (Table A.9). The experiment was stopped because the confining pressure began 
increasing, indicating that mud was flowing through the fracture to the outside of the concrete 
sample.  Thus, micro-cement was determined to be a more resistant sealant material than gel. 

 
 
 
 
 
 
 
 
 
 
 
 
Table A.9.  Unfractured concrete core, fractured concrete sealed with Micro-cement, and fractured concrete 
sealed with gel 

Material 𝝈𝟐,𝟑 
(psi) 

𝑷𝒇𝒓𝒂𝒄 
(psi) 

𝑷𝒓𝒆−𝒐𝒑𝒆𝒏 
(psi) 

Fracture 
Orientation 

𝝈𝑽 
(psi) 

q 
(ml/min) 

𝝈𝟐,𝟑
𝝈𝑽

 

Unfractured 
Concrete, 

fractured with 
Water 

600 2224 ---- Horizontal 1037.5 50 0.58 

Unfractured 
Concrete, 

fractured with 
6% bentonite 

Mud 

200 2188 1856 Vertical 8300 5 0.02 

Fractured 
concrete sealed 

with Micro-
cement  and 

fractured with 
6% bentonite 

Mud 

200 1100 1025 Vertical 8300 5 0.02 

Fractured 
concrete sealed 
with gel  and 

fractured   with 
6% bentonite 

Mud 

200 314 --- Vertical 8300 5 0.02 
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Figure A.18.  After samples have been fractured  

The breakdown pressure versus time curve illustrating both cycles for all samples is 
presented in Figure A.19. Figure A.20 shows a comparison of breakdown pressure for all 
concrete samples.  

 

 
Figure A.19.  Breakdown pressures for unfractured concrete, fractured concrete sealed with micro-cement 
and, fractured concrete sealed with gel.  
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Figure A.20.  Comparison of breakdown pressures for all concrete samples 

A.3.3. Summary 

• Paraffin wax, silica based gel, polymer based gel, and micro-cement were studied to 
investigate their ability to effectively seal CO2 injection-induced fractures with widths 
from ¼ mm up to 1mm.  

• The Marcit gel with a polymer concentration of 4000 ppm to 8500 ppm was not effective 
in sealing fractures with widths greater than 1mm. However, if the fracture width is 
smaller than 1mm, a weak gel may work. 

• The experiments showed that all sealant materials significantly reduced the fracture 
permeability. However the micro-cement (55% wt) was the most effective sealing agent 
and the only sealant able to withstand the large differential pressure produced by CO2 or 
brine injection pressure, which caused wormholes to occur in the wax and gel sealants.  

• The stability evaluation of the fracture sealing materials showed that the polymer gel was 
stable when exposed to CO2, but the micro cement was not which caused carbonation to 
occur.  

• All four sealant materials (paraffin wax, silica gel, Marcit gel and micro-cement) were 
able to seal the fracture and reduce fracture permeability. However, none of these sealant 
materials was able increase the strength of the sealed sample to that of the original intact 
sample. The breakdown pressure of the intact sample was 2188 psi. The closest value to 
this was1100 psi for samples sealed with micro-cement.  
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• During shear testing, the permeability of the sealed fractures was almost constant for all 3 
sealant materials. This was due to the very smooth surfaces of the fractures. As a result, 
de-bonding occurred between the sealant material and fracture surface. For further 
evaluation, we recommend the use of natural or non-smooth fractures. 

• Samples sealed with micro-cement had a higher breakdown pressure (1100 psi) than 
samples sealed with gel (314 psi). Therefore, micro-cement is a more resistant sealant 
material than gel. Thus, we recommend FonduTM micro-cement as the material of choice 
to seal CO2 leakage pathways.    

A.4. Preparation of fractured core for permeability measurement 
The saw blade used to cut intact core in half was 1.5 mm thick.  The amount of material 

cut from the average core was less than 0.04 cm3 (<.04% of total initial volume). This surface 
area/volume decrease translated into an increase in differential pressure. However, if the 
permeability was calculated using a constant area of the injection face, then the difference in 
permeability of a 6.8 md core sample, with a length of 5.715 cm and a diameter of 5.065 cm, 
would be <0.003 md. This permeability difference was negligible for this study and a constant 
area was used in the core calculations. 

In order to control fracture location, fracture width, and fracture length, a new method 
was developed to make uniform fractures. The first step of this process was securing an “L-
shaped” block to the diamond saw fence (Figure A. 21).   

 

 
Figure A.21. Cutting intact core in half  
 

The block was placed at a distance where the cut would produce two nearly identical 
pieces.  Once the core was cut into two pieces, one piece was selected for grinding the 
predetermined fracture width. The selected half core was secured to the magnetic grinding table 
by use of a metal “L-shaped” block with set screws (Figure A.22).   
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Figure A.22. Grinding Desired Fracture Width 

 

The set screws were adjusted until the core was level to the grinding wheel. The grinding 
wheel was then zeroed out to the elevation of the top of the core. The grinding wheel was 
lowered to the desired fracture width (the elevation controls are accurate to +/-0.004”) and the 
wheel was fed across the entire core length. Digital calipers were used to ensure desired depth 
had been reached. The two halves of the core were then realigned and clamped together. Epoxy 
was then placed on the outside of the core to help hold the core together during transport and 
testing (Figure A.23).    

 

 
Figure A.23.  Fractured core held together with Epoxy 
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The epoxy used was a high viscosity based epoxy. During the application of the epoxy, 
extra care was taken to ensure none of the material was placed between the two halves or on the 
injection or outlet faces. 

 
Figure A.24.  Fractured core front view 
  

A.4.1. Source of core samples 

Due to an uplift in the lithology in eastern Missouri, there are outcroppings around Park 
Hills, Missouri that are located thousands of feet below the surface in the southwest corner of the 
state. Therefore, all core samples were drilled from outcroppings that were collected from the 
following locations:  

Table A.10.   Outcropping Locations 

Formation Location Elevation [ft] 

Derby Doerun N 37° 49.893’; W 090° 31.644’ 899 

Davis N 37° 51.825’; W 090° 33.778’ 800 

Bonneterre N 37° 49.735’; W 090° 40.480’ 829 

Lamotte N 37° 48.733’; W 090° 34.789’ 896 
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Figure A.25.  Davis Shale outcropping 

 

The fairly consistent lithology throughout Missouri consists of the permeable and porous 
Lamotte Sandstone that sits below the three low-permeable formations of the Bonneterre 
Dolomite, Davis Shale, and Derby-Doerun Shaly Dolomite (listed from bottom to top).   

The first group of tests evaluated the efficiency of the sealing agents and all four 
formations with a standard fracture width of 0.5 mm. The second group of tests evaluated the 
sealing agents’ efficiency in reducing flow through fractures of different widths using the 
Lamotte Sandstone. The Lamotte Sandstone was selected because, of the four formations, it is 
the most uniform and easiest to work with.  Fracture widths tested were 0.25mm, 0.5 mm, and 
1.0 mm.   

Summary of Experimental Procedure: 

1. Drill the core 
2. Cut off the ends of the core 
3. Use grinding wheel to smooth the ends of the core 
4. Place core in the oven for 6 hours at 220ºF 
5. Record the core length, diameter, and weight 

Un-Fractured KCl Permeability Testing 

1. Place in a vacuum system for 12-24 hours 
2. Saturate the vacuumed core with 4% KCl brine 
3. Record the core weight 
4. Calculate the effective porosity (using known brine density) 
5. Test the KCl brine permeability 

Un-Fractured CO2 Permeability Testing/KCl Brine Residual Saturation 

1. Inject CO2 through the KCl saturated core until no more brine flows out 
2. Test CO2 permeability 
3. Record the core weight 
4. Calculate the KCl residual saturation using known brine density 
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Creating Fracture in Core Sample 

1. Cut the core in half 
2. Use the grinding wheel to cut the desired fracture width (0.25, 0.5, and 1.0 mm) 
3. Place the core in the oven for 6 hours at 220ºF 
4. Use resin to hold the core together and let the resin setup 

A.4.2.Methodology for Paraffin Wax Injection 

1. Vacuum the core using the core flooding system 

2. Saturate the vacuumed core with 4% KCl brine 

3. Inject CO2 through the KCl saturated core until no more brine flows out 

4. Remove the core from the core holder 

5. Heat paraffin wax until the temperature reaches 275 ºF  

6. Place the core in the accumulator 

7. Fill the accumulator with paraffin wax until the core is completely submerged by 2 
inches of wax 

8. Tighten the top cap onto the accumulator and pressurize the system with 100 psi of 
CO2 

9. Shut the valve and let the wax cool for 12 hours before removing 

10.  Remove the core from the accumulator 

11. Remove excess paraffin wax from the core and scrape the injection and discharge 
faces free of any remaining wax 

 

 
Figure A.26.  (a )Paraffin wax injection system (b1) Fractured core removed from paraffin wax injection 

system with excess wax. (b2) Fractured core with excess paraffin wax removed. 
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A.4.3. Methodology for gel and silica injection 

1. Assemble the core holder using specially made injection caps. These injection caps do 
not distribute fluid evenly across the core injection face. Instead they only allow injection 
from a 1/8” diameter hole in the cap (Figure A.27a). 

2. Vacuum the core using the core flooding system. 
3. Saturate the vacuumed core with 4% KCl brine. 
4. Inject CO2 through the KCl saturated core until no more brine flows out. 
5. Hookup the core holder to the injection system.  
6. Flow polymer through the core at 100 psi until a steady stream of polymer is discharged 

from the core holder. 
7. Close the valve on the outlet line and keep the pump running at 100 psi for 15 minutes.  
8. Close the valve on the injection line and place the core holder (with both valves still 

attached and closed) in a 150 ºF oven for 12 hours. 
9. Remove the core holder from the injection system and allow the sealing agent to set. 
10. Remove the injection caps, clean any excess polymer from the faces of the core, and 

reassemble the core holder with the distribution plugs. 

 

 
Figure A.27.  (a) Injection caps (b) Injection system 

 

A.4.4. Methodology for cement injection 

1. Determine the volume of cement needed 
2. Determine the quantity of dry FonduTM and water required for the volume designated 

in Step 1 
3. Weigh out the required quantity of dry FonduTM and water 
4. Use an overhead mixer to stir the water and slowly add in the dry FonduTM 
5. Mix the cement for 10 minutes 
6. Apply the mixed cement on the cut cores and clamp together. 
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Figure A.29.  Cement FonduTM preparation 

A.4.5. Experimental methodology 

Before performing any kind of experiments, a comprehensive knowledge of each 
component involved in the overall system is critical, as the sum of all parts gives life to the 
whole assembly. Several detailed steps which may seem redundant, have been explained in order 
to clarify their importance. Underestimating the functionality of any isolated part of the 
experimental setup, may lead to inadequate results or structural damage. In order to illustrate the 
system’s complexity, a fully detailed schematic can be found in Figure A.30. 

 

Figure A.30.  Hydraulic fracturing system schematic 
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Pump System and Fluid Distribution 

High pressure (10,000 psi), low volume (100 ml) Isco DX100 syringe-type pumps were 
used to build up and apply pressure inside the hydraulic fracturing apparatus, either for confining 
or fracturing purposes. The fluid used to operate these pumps was obtained from a plastic or 
stainless steel container used as a reservoir. Each pump had an inlet valve which allowed fluid 
flow to enter the pump piston for refilling or discharging all content as well. Both pumps shared 
the same inlet tubing into the reservoir, allowing refilling of both pumps at the same time. The 
tubing used to allow fluid distribution to and from the pumps as well as into the apparatus was  
1/8 in and 1/4 in OD stainless steel. Each pump had an outlet valve which prevented the system 
from depressurizing while being refilled.  

Accumulator 

A stainless steel pipe with an internal piston was designed to accumulate and inject 
drilling fluids into the core samples. Syringe pumps used for this experiment were not designed 
to handle drilling fluids; therefore, an accumulator as shown in Figure A.31, was loaded with the 
desired drilling mud and, by injecting water beneath the piston, the mud was transferred and 
injected into the core sample.  

 
Figure A.31.  Mud accumulator system 
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Figure A.31 shows that water is delivered from the pumps to the bottom of the piston in 
the accumulator. Mud is transferred to the accumulator by filling a plastic cylinder and then 
applying compressed air to force the mud into the accumulator. Then, pressure is built 
underneath the piston which displaces the mud into the core sample.  

Hydraulic Piston 

The hydraulic “hand” pump is connected to a piston located on the top of the apparatus 
frame (Figure A.32). The sole purpose of this piston is to apply axial load onto the top cap, thus 
creating overburden stress within the core.  

 
Figure A.32.  Overburden Piston 
 

In-line Pressure Regulator 

A pressure regulator, as shown in Figure A.33, is mounted between the hand pump and 
the piston. It is used to bleed off hydraulic fluid in case pressure inside the piston exceeds the 
desired pressure.  

 
Figure A.33.  Bleed-off valve 
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Rubber Sleeve 

A rubber sleeve is used to apply confining pressure inside the hydraulic fracturing 
apparatus. Pressure is built up in the gap between the stainless steel cylinder and the rubber 
sleeve. As pressure is increased, the rubber sleeve confines the core sample until desired pressure 
is reached. 

Stainless Steel Cylinder 

A stainless steel cylinder, which is placed over the rubber sleeve and rests on the bottom 
flange, is used as a pressure vessel to contain the highly pressurized fluid used to apply confining 
stresses onto the core sample. It also serves as the seat and support for the top flange. 

All Thread Rods 

Six all thread rods mounted on the I – beam are used to secure and clamp down the top 
flange onto the stainless steel cylinder, thus creating a seal for the rubber sleeve which prevents 
leaks from the confining chamber onto the upper section of the core sample.  

Bottom Flange 

The bottom flange, which is bolted onto an I-beam, serves as the base and foundation of 
the hydraulic fracturing apparatus. The bottom flange has several purposes: 

• Serve as a core holder 
• Provide support for the stainless steel cylinder 
• Provide support for the rubber sleeve 

It is important to note that the rubber sleeve is glued with clear silicone onto the core holder to 
avoid leaks. The bottom flange is shown in Figure A.34. 

 

 

 
FigureA.34.  Bottom flange 
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Top Flange 

The top flange, shown in Figure A.35, is similar to the bottom flange. It has an opening in 
the center so that core samples can be placed right into the apparatus. It rests on the stainless 
steel cylinder and the rubber sleeve. It provides a seal between the two to avoid leakages, thus 
preventing confining pressure losses.   

 

 
Figure A.35.  Top flange  

Hydraulic Fracturing Apparatus Frame 

The frame, shown in Figure A.36, serves as a support for the hydraulic fracturing 
apparatus. The bottom flange rests on an I-beam which can travel in the vertical direction by two 
hydraulic operated winches. The hand pump, which drives the piston mounted on the top of the 
frame, is located on the left side of the frame. The frame has several holes allowing the I-beam to 
rest at different heights.  
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Figure A.35.  Hydraulic fracturing apparatus 

Hydraulic Fracturing Apparatus  

All of the components mentioned previously comprise an assembly that induces vertical 
or horizontal fractures to better understand the phenomenon of hydraulic fracturing that takes 
place while drilling. A complete schematic can be found in Figure A.30 and Figure A.35.  

Data Acquisition 

In order to record the pressure at which the pump is injecting the fracturing fluid into the 
core sample, the software provided by the pump manufacturer was employed. This software has 
the ability to operate and record the pump parameters remotely from a computer. The pump 
controller is connected to an rs-232 serial port on the computer by a special serial cable provided 
by the pump manufacturer. The software stores the data generated from the pump, however, the 
data as it appears on the original file, must be manipulated to allow the user to see the actual 
data. The factors that correspond to such interpretation can be found on the Isco Pump Manual. 
A pressure gauge is installed on the injection line in order to compare values and measure head 
losses in the system as well as being able to record the injection pressure from a pump,.  

A.4.6. Core preparation  

In order to carry out hydraulic fracture experiments, a core sample must be manufactured. 
These experiments require cylindrical core samples made from rock slabs or by forming cement 
into a mold. The steps to manufacture cylindrical cores from rock slabs are: 

1. Gather a rock slab from a quarry or outcrop  

2. Use a drill press machine with a 5 ¾” diameter cylindrical drill bit to drill out the core  

3. Use a surface grinder to smooth out and square the core ends  
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4. Use the drill press machine with a ½ ” drill bit in the center of the core to create a wellbore 
hole  

Each core cannot be any taller than 9 in due to the pressure cell height limitation. The 
overall height of the cell is 15 in, thus leaving 6 in for both top and bottom caps, as well as two 
spacers and an overburden cap. Furthermore, once these four steps have been completed 
according to the previously listed requirements, the core, made from a rock slab, would be ready 
to undergo the final preparation before it can be tested. In order to avoid fluid from escaping the 
wellbore and causing overburden losses, the top and bottom caps are cemented in place. Before 
the caps can be cemented onto the core, a simple cap assembly process takes place:  

1. Place Teflon tape over the injection nipple’s threads  

2. Screw the injection nipple into one side of the top cap  

3. Place Teflon tape over the top casing’s threads  

4. Screw the 1 ½” casing into the other side of the top cap  

5. Place Teflon tape over the bottom casing’s threads  

6. Screw the 1 ½” casing into the bottom cap  

After this short assembly, if the borehole does not align perfectly with the top and bottom 
caps, a grinding stone designed for small applications, such as the Dremel Tool, could be used to 
enhance the borehole’s diameter. Epoxy is then used to bond the top and bottom caps to the core. 
The epoxy used for this purpose is the Sikadur 31 Hi Mod Gel at a 1:1 ratio. The top and bottom 
caps with the casing are placed in an upright position over the C – Clamps. Using masking tape 
to cover the casing hole will prevent excess epoxy from clogging it. Sand paper of 120/150 grit is 
utilized to make a rough surface on the cap as well as on the casing which allows a good bond to 
form between the core and cap. Once both the cap and casing have been abraded with sand 
paper, epoxy is spread onto the entire surface of the cap and on the side of the casing. Finally, the 
core is placed onto the cap and clamped down in steps to allow any necessary alignment. Excess 
epoxy is cleaned off and the sample is allowed to cure for 24 hours. This process of bonding cap 
and core should be repeated for the remaining cap since only one cap should be cemented at a 
time. 

A.4.7. Pressure cell assembly and experimental setup check list 

1.  Raise the Pressure Cell 

 2.  Remove the Cutter Pins located on the back side of the Clevis Pins 

 3.  Remove the Clevis Pins 

 4.  Lower the Pressure Cell 
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5.  Place teflon tape onto the injection nipple threads 

 6.  Place teflon tape onto the injection pipe threads 

 7.  Screw the injection pipe onto the injection nipple  

 8.  Place the o-ring on the bottom of the core holder  (inside Pressure Cell) 

 9.  Place the sample carefully inside the Pressure Cell 

 10. Screw the injection line onto the sample 

 11.  Place the Top Spacer  1  onto the sample 

 12.  Place the o-ring onto the Top Spacer  1   

 13.  Place the Top Spacer 2 onto the Top Spacer  1 

 14.  Place the o-ring onto the Top Spacer 2 

 15.  Place the Top cap onto the Top spacer  2 

 16.  Raise the Pressure Cell  to the desired height 

 17.  Place the Clevis Pins 

 18.  Drop the Pressure Cell onto the Celvis Pins until the hoist cables are no longer in tension 

 19.  Place the Cutter Pins located on the back side of the Clevis Pins 

 20.  Screw the injection line from the Pressure Cell onto the injection line on the Wall 

 21.  Screw the confining line on the wall onto the Pressure Cell confining nipple 

 22.  Screw the air flush line from the Pressure Cell  onto the air flush  line on the Wall 

 23.  Close the confining exit valve 
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24.  Open the confining intake valve 

 25.  Close the air supply valve located on the vacuum pump 

 26.  Close the valve on the overburden pump 

 27.  Apply the overburden until desired pressure 

 28.  Fill up the confining until desired pressure 

 29.  Empty the mud accumulator 

 30.  Refill the mud accumulator with desired mud 

 31.  Remove air from the accumulator 

 32.  Open the Isco pump software 
 
33.  Assign a name to the project and click the check mark or the file will be saved under 
       DATA.csv 

 34.  Connect the pump to the computer 

 35.  Check that the pumps are filled before starting to inject into the accumulator 

 36.  Open the mud exit valve on the bottom of the Pressure Cell 

 37.  Inject the mud until little to no air comes out of the mud exit valve line 

 38.  Close the mud exit valve 

 39.  Start recording the data 

 40.  Start the first injection cycle until there is a change in the Confining gauge 

 41.  Stop pumping after the first breakdown has been achieved 

 42.  Start timing the period to wait until the next cycle 
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43.  Open the mud exit valve 

 44.  Close the mud exit valve 

 45.  Check if the pumps must be refilled 

 46.  Start pumping the second cycle until there is a change in the Confining gauge 

 47.  Once all cycles are finished stop recording 

 48.  Put the pumps on  Local control 

 49.  Remove the Overburden Pressure 

 50.  Open the Confining exit valve 

 51.  Close the vacuum valve on the vacuum pump 

 52.  Open the air intake valve on the vacuum pump 

 53.  Connect the air flush hose onto the vacuum pump hose 

 54.  Open the system air flush valve located on the T connection on the vacuum pump 

 55.  Once air comes out of the Confining exit line, close all valves at the vacuum pump 

 56.  Remove the air supply hose 

 57.  Close the Confining exit valve 

 58.  Unscrew the injection line from the Pressure Cell onto the injection line on the Wall 

 59.  Unscrew the confining line on the wall onto the Pressure Cell confining nipple 

 60.  Unscrew the air flush line from the Pressure Cell  onto the air flush  line on the Wall 

 61.  Raise the Pressure Cell 
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62.  Remove the Cutter Pins 

 63.  Remove the Clevis Pins 

 64.  Lower the Pressure Cell until the desired height 

 65.  Remove the Top Cap 
  
66.  Remove the Top Spacer 2 

 67.  Remove the Top Spacer 1 

 68.  Unscrew the injection line onto the sample 

 69.  Pull the sample out of the cell from injection pipe 

 70.  Carefully remove the sample 

 71.  Remove the o-ring from the bottom of the core holder 

 72.  Clean all mud residue from inside the core chamber 

 73.  Raise the Pressure Cell 

 74.  Place the Clevis Pins 

 75.  Drop the Pressure Cell onto the Clevis Pins until the hoist cables are no longer in tension 

 76.  Place the Cutter Pins 
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