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Executive Summary

The United States continues to rely heavily on petroleum fossil fuels as a primary energy
source,  while  domestic  reserves  dwindle. However, so-called heavy oil (10 to 20 °API)
remains an underutilized resource of tremendous potential. Heavy oils are much more viscous
than conventional oils. As a result, they are difficult to produce with conventional recovery
methods such as pressure depletion and water injection. Thermal recovery is especially important
for this class of reservoirs because adding heat, usually via steam injection, generally reduces oil
viscosity dramatically. This improves displacement efficiency. The research described here was
directed toward improved understanding of thermal and heavy-oil production mechanisms and is
categorized into:

(i) flow and rock properties,
(ii)  in-situ combustion
(iii)  additives to improve mobility control
(iv) reservoir definition, and
(v) support services

 The scope of activities extended over a three-year period.

Significant work was accomplished in the area of flow properties of steam, water, and oil
in consolidated and unconsolidated porous media, transport in fractured porous media, foam
generation and flow in homogeneous and heterogeneous porous media,  the effects of
displacement pattern geometry and mobility ratio on oil recovery, and analytical representation of
water influx. Significant results are now described briefly.

In the area of flow properties, Akin et al conducted experiments using a computed
tomography (CT) scanner and also a simulation study to examine the temperature dependence of
water/oil relative permeability  curves (Akin et al. 1999). In the dynamic mode of relative
permeability measurement and at temperatures from about 20 to 80 °C, viscous instabilities
dominate the displacement pattern. Interpretations based on assumption of one-dimensional flow
are, thus, invalid. Simulations confirm that input relative permeability curves differ greatly from
the apparent curves obtained using standard interpretation techniques based on a one-dimensional
flow assumption.

An experimental apparatus for investigating relative permeability, capillary pressure, and
fluid flow characteristics of low permeability rocks was designed specifically for use in CT
scanners (Schembre et al. 1998). Experiments and interpretation of results were completed for
spontaneous water imbibition experiments in diatomite, chalk, and sandstone. Air/water and
oil/water systems were studied with differing initial water saturations.

To better understand multiphase flow and matrix to fracture fluid transfer, experiments
on a fractured Berea sandstone system were conducted (Rangel-German et al. 1998).  The
progress of fluid movement was measured with CT scanning, as in the previous experimental
studies. Multiphase flow in the fracture system was observable with the CT scanner. Fractures
with the narrowest apertures showed the most stable displacement fronts, largest effects of
capillary pressure within the fracture,  and fastest breakthrough times.  Using fine-grid
simulations and a commercial simulator, fracture relative permeability and capillary pressure
curves were obtained.



iv

Several projects studied aspects of gas mobility in porous media and the effect of steam
on porous media. In regard to foam for the control of gas mobility in porous media, Bertin et al
studied foam generation and transient displacement in heterogeneous porous media (Bertin et al.
1998). A composite heterogeneous porous medium was created by centering a nearly
homogeneous sandstone within a cylindrical tube and filling the annular space with a more
permeable homogeneous sand. Capillary communication between the two zones of the composite
core was prevented by the placement of a teflon jacket around the sandstone. Removal of the
jacket allowed the heterogeneities to communicate. Using the CT scanner, it is concluded that
displacement by foam can be efficient in both cases. Foam can control gas mobility in a manner
that helps to equalize gas flow resistance in media with different permeabilities.

Research into foam properties was also conducted by Sagar et al (1998). The aim of this
work was to visualize and understand the deleterious effects of oil on some foaming agents. A
silicon micromodel etched with an accurate representation of the pore network of a Berea
sandstone allowed direct observation of foam generation, flow, and destruction. It was found that
fluorosurfactants produce strong, static, gas-blocking foams while alpha-olefin sulfonates do not
in the presence of crude oil. All experiments were conducted close to atmospheric pressure.

Another area of recent research is the dissolution of a siliceous rock matrix when it is
subjected to hot steam condensate (Bhat and Kovscek 1998). For low permeability porous media
where oil recovery occurs by steam injection,  dissolution of small amounts of rock mineral,
transport of the dissolved rock, and reprecipitation in cooler regions of the reservoir could alter
the distribution of porosity and permeability. Network models have been employed to understand
how permeability shifts with evolving pore topology. This modeling effort has explained previous
experimental results where a very strong power-law relationship between permeability and
porosity was noted for hot fluid injection into fine-grained diatomite.

In the area of reservoir definition,  study has focused on the shape of displacement
patterns as a function of mobility ratio and water encroachment into oil and gas reservoirs.  Wang
et al dispelled the common notion that areal sweep efficiency from a staggered-line-drive pattern
is always better than that from a five-spot pattern (Wang et al. 1999). Using a streamline based
simulator, it was found that the five-spot pattern results in superior recovery efficiency compared
to other patterns when the mobility ratio is very favorable. Also in this area, Brigham developed
an analytical solution to diagnose the effects of water influx from the perimeter of an oil reservoir
(Brigham 1998).  Essentially, the exact infinite series solutions for various geometries were
transformed into very accurate closed form approximations for ease of calculation. Linear, radial,
and spherical systems were examined.
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1. Introduction and Objectives

The Stanford University Petroleum Research Institute (SUPRI) studied heavy-oil
production mechanisms with the ultimate goal of increasing oil reservoir recovery efficiency.
Additional aspects of the research effort covered a broad range of techniques that are useful for
all improved oil recovery targets.

The research was organized into five topical areas:

• Flow and Rock Properties. The objectives of flow and rock properties were to assess
the effect of reservoir parameters, such as temperature and pressure, on relative
permeability and capillary pressure. Included in this effort were improvements to existing
laboratory techniques to better study heat and fluid transport in porous media at reservoir
temperature and pressure. Ultimately, this results in better data for use in predictive
numerical models.

• In-Situ Combustion. In the area of in-situ combustion, goals were to study parameters
affecting combustion field projects such as catalytic metallic salt additives, to study the
effect of oxygen concentration on combustion parameters, to model accurately reaction
kinetics and flow behavior of combustion processes.

• Additives to Improve Mobility Control. Objectives were to study and model the foam
process for improving mobility control of injected gases including gravity override and
channeling, with emphasis on steam injection. Objectives also included elucidation and
modeling of the mechanisms of foam flow in porous media with oil present.

• Reservoir Definition. The main goal of reservoir definition was to develop techniques
for evaluating the response of oil reservoirs to fluid injection. Reservoir geology and flow
processes were studied in concert and this leads to interpretation procedures that allow us
to better understand oil reservoirs.

• Support Services. In this category, objectives were to provide technical support,
economic evaluation, and design and monitoring of field tests. Included here were
technology transfer efforts aimed at sharing technology developed in all of the research
areas with industry and other researchers.

The following sections summarize our accomplishments, present our technical results in
detail, and chronicle our technology transfer efforts.

2. Accomplishments

Accomplishments during the contract period take the form of technical reports, papers
presented at technical meetings, and manuscripts submitted to journals. A universally accessible
world wide web site was also created to aid in the rapid distribution of technical information.
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During this period of research SUPRI also held three Industrial Advisory Committee reviews and
participated at DOE’s request in 3 memorandum of understanding (MOU) meetings with
Venezuela. Next accomplishments are summarized by category.

2.1 Industrial Outreach

• SUPRI Industrial Advisory Committee Review Meeting, Hartley Conference Center,
Stanford University, April 15-16, 1999.

• SUPRI  Industrial Advisory Committee Review Meeting, Hartley Conference Center,
Stanford University, April 16-17, 1998.

• University Research Forum, held jointly with Petroleum Technology Transfer Council,
University of Southern California, and the University of California, Berkeley, Los
Angeles, CA, May 15, 1997.

• SUPRI  Industrial Advisory Committee Review Meeting, room 450 Durand Building,
Stanford University, April 4-5, 1997.

• Horizontal Wells and Enhanced Oil Recovery, meeting following the International
Thermal Operations and Heavy Oil Symposium, Bakersfield, CA February 12, 1997.

• Establishment of a world wide web site describing our work and providing online
distribution of research reports and papers at http://ekofisk.stanford.edu/supria.html.

2.2 Technical Reports

• SUPRI TR-119: "Computer Simulation of Single-Well Steam Assisted Gravity Drainage
(SW-SAGD)" by K. E. Elliot and A. R. Kovscek (July 1999).

• SUPRI TR-118: "An Analytical Model for Simulating Heavy-Oil Recovery by Cyclic Steam
Injection Using Horizontal Wells" by U. K. Diwan and A. R. Kovscek  (July 1999).

• SUPRI TR-116: "An Experimental and Theoretical Investigation of Multi- Phase Flow in
Fractured Porous Media" by E. R. Rangel-German, L. M. Castanier, and S. Akin  (June
1999).

• SUPRI TR-115: "A Study of the Effect of Mobility Ratios on Pattern Displacement
Behavior" by Y. Wang, A. R. Kovscek, and W. E. Brigham  (December 1998).

• SUPRI TR-114: "Spontaneous Imbibition in Low Permeability Porous Media" by J. M.
Schembre, S. Akin, and A. R. Kovscek  (December 1998).

• SUPRI TR-113: "Modeling Permeability Alteration in Diatomite Reservoirs During Steam
Drive" by S. K. Bhat and A. R. Kovscek (July 1998).

• SUPRI TR-112: "An Experimental Investigation of Foam Flow in Homogeneous and
Heterogeneous Porous Media" by O. G. Apaydin, H. J. Bertin, L. M. Castanier, and A.R.
Kovscek (July 1998).

• SUPRI TR-110: "Oil-Foam Interactions in a Micromodel" by N. S. Sagar and L. M. Castanier
(November 1997).

• SUPRI TR-108: "A Comparison of Mass Rate and Steam Quality Reductions to Optimize
Steamflood Performance" by G. L. Messner (April 1997).

• SUPRI TR-107: "CT Imaging Techniques for Two-Phase and Three-Phase In-Situ Saturation
Measurements", by B. C. Sharma, W. E. Brigham, and L. M. Castanier (September 1996).
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• SUPRI TR-104: "CT Measurments of Two-Phase Flow in Fractured Porous Media", by R.G.
Hughes, W. E. Brigham, and L. M. Castanier. (June 1997).

2.3 Annual Reports

• SUPRI TR-117: "SUPRI Heavy Oil Research Program Twenty Second Annual Report" by
W. E. Brigham, A. R. Kovscek, and L. M. Castanier (May 1999).

• SUPRI TR-111:"SUPRI Heavy Oil Research Program Twenty First Annual Report" by W. E.
Brigham, A. R. Kovscek, and L. M. Castanier (May 1998).

• SUPRI TR-109: "SUPRI Heavy Oil Research Program Twentieth Annual Report" by W. E.
Brigham, A. R. Kovscek, and L. M. Castanier (May 1997).

2.4 Conference Presentations

• "Simulation of Early-Time Response of Single-Well Steam-Assisted Gravity Drainage", SPE
54618, by K. T. Elliot and A. R. Kovscek, presented at the SPE Western Regional Meeting,
26-27 May 1999, Anchorage, AK.

• "Multiphase Flow Properties of Fractured Porous Media", SPE 54591, by E. Rangel-German,
S. Akin and L. M. Castanier, presented at the SPE Western Regional Meeting, 26-27 May
1999, Anchorage, AK.

• "Imbibition Studies of Low-Permeability Porous Media", SPE 54590, by S. Akin and A. R.
Kovscek, presented at the SPE Western Regional Meeting, 26-27 May 1999, Anchorage, AK.

• "Effect of Temperature on Heavy Oil/Water Relative Permeabilities", SPE54120, by S. Akin,
L. M. Castanier, and W. E. Brigham presented at the 1999 SPE International   Thermal
Operations Symposium, 17-19 March 1999, Bakersfield, CA.

• "Reservoir Simulation of Foam Displacement Processes", UNITAR 1998.186, by A. R.
Kovscek presented at the 7th Unitar International Conference on Heavy Crude and Tar Sands,
27-31 October 1998, Beijing, China.

• Messner, G.I., L.M. Castanier, and W.E. Brigham:  "A Comparison of Mass Rate and Steam
Quality Reductions to Optimize Steamflood Performance," presented at the Unitar
Symposium,  October 27-30, 1998, Beijing, China.

• "Effect of Mobility Ratio on Areal Sweep Efficiency and Pattern Flood Behavior", by Y.
Wang, A. R. Kovscek, and W. E. Brigham presented at the 19th Annual International Energy
Agency Workshop and Symposium, 4-7 October 1998, Carmel, CA.

• "Experimental and Theoretical Investigation of Multiphase Flow in Fractured Media", by E.
R. German, S. Akin, and L. M. Castanier presented at the Geothermal Resources Council
Meeting 1998 Annual Meeting, 20-23 September 1998, San Diego, California, USA.

• "Foam Flow in Heterogeneous Porous Media: Effect of Crossflow", SPE 39678, by H. J.
Bertin, O. G. Apaydin, L. M. Castanier, and A. R. Kovscek presented at the SPE/DOE
Improved Oil Recovery Symposium, 19-22 April 1998, Tulsa, OK, USA.

• Joshi, Sameer, L.M. Castanier, and W.E. Brigham:  "Techno-Economic and Risk Evaluation
of an EOR Project," SPE 39578, paper presented at the 1998 SPE India Oil and Gas
Conference and Exhibition, February 17-19, 1998, New Delhi.
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PROJECT 1:  FLOW PROPERTY STUDIES

To assess the influence of different reservoir conditions (temperature and pressure) on the

absolute and relative permeability to oil and water and on capillary pressure.
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1.1 EFFECT OF TEMPERATURE ON HEAVY OIL/WATER RELATIVE

PERMEABILITIES

(S. Akin, L.M. Castanier, and W.E. Brigham)

This paper, SPE 54120, was presented at the1999 SPE International Thermal Operations

Symposium, March 17-19, 1999, Bakersfield, California.
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Copyright 1999, Society of Petroleum Engineers Inc.

This paper was prepared for presentation at the 1999 SPE International Thermal Operations
and Heavy Oil Symposium held in Bakersfield, CA, 17-19 March 1999.

This paper was selected for presentation by an SPE Program Committee following review of
information contained in an abstract submitted by the author(s). Contents of the paper, as
presented, have not been reviewed by the Society of Petroleum Engineers and are subject to
correction by the author(s). The material, as presented, does not necessarily reflect any
position of the Society of Petroleum Engineers, its officers, or members. Papers presented at
SPE meetings are subject to publication review by Editorial Committees of the Society of
Petroleum Engineers. Electronic reproduction, distribution, or storage of any part of this paper
for commercial purposes without the written consent of the Society of Petroleum Engineers is
prohibited. Permission to reproduce in print is restricted to an abstract of not more than 300
words; illustrations may not be copied. The abstract must contain conspicuous
acknowledgment of where and by whom the paper was presented. Write Librarian, SPE, P.O.
Box 833836, Richardson, TX 75083-3836, U.S.A., fax 01-972-952-9435.

Abstract
In the first part of this study, the accuracy of the JBN
technique for the determination of heavy oil/water relative
permeabilities, and the effect of temperature on relative
permeabilities is examined by giving numerical as well as
experimental examples.  Using the JBN technique leads to a
false temperature dependence of relative permeability curves.
In the second part, we present unsteady state relative
permeability experiments with initial brine saturation at
differing temperatures conducted using South Belridge sand
and heavy oil.  A new three step experimental technique and
an analysis procedure were developed to test the effect of
temperature on relative permeabilities.  In this technique, an
ambient temperature unsteady-state relative permeability run
is conducted in the first stage, and following that the
temperature is increased twice (i.e. 122°F and 150°F).  Two
phase saturation profiles along the sand pack are measured
using a CT scanner.  A commercial black oil simulator,
coupled with a global optimization code is then used to
estimate two phase relative permeabilities.  Experimental
saturation profiles, differential pressure and recovery data
collected from both the ambient and higher temperature data
are used in the numerical model.  It has been observed that a
single set of relative permeability curves can represent both
the ambient and high temperature parts of the experiment.
This suggests that relative permeability is not a function of
temperature at least for the system tested.

Introduction
For modeling thermal recovery processes for heavy oil
recovery, one needs to know not only the relative
permeabilities at the original reservoir temperature but also the
effect of increasing temperature on the relative permeability

curves.  Over the past three decades, a number of experimental
studies have reported contradictory temperature effects on
two-phase relative permeabilities as well as residual oil
saturations in porous media.  Although a number of studies
have reported significant effects no consensus has emerged on
the generality of such effects or on possible mechanisms
causing such effects.  Therefore this study aims to determine
the effect of temperature on relative permeability curves for a
reservoir sand/ heavy-oil/ NaBr water system and to examine
the use of unsteady-state relative permeability estimation
techniques in such systems.

Edmondson1 found a reduction in residual oil saturation in
Berea cores as the temperature increased.  Using refined oils
and an unsteady state experimental technique, he noted that
the relative permeability ratio of oil to water shifted toward a
higher water saturation as the temperature increased.

Poston et al.2 investigated the effects of temperature on
unconsolidated sand using refined oils.  They reported that
irreducible water saturation increased, and the residual oil
saturation decreased with increasing temperature.  Moreover,
they concluded that relative permeabilities to both oil and
water increased with increasing temperature.

Contradicting previous researchers, two studies3,4 have
reported temperature independent relative permeability data
obtained from unsteady state experiments in unconsolidated
and Berea sandstone cores using refined oils.  Miller and
Ramey4 noted various artifacts, such as; material balance
errors, viscous instability, clay migration, wettability alteration
by miscible cleaning methods, and capillary pressure end
effects, that may have affected former conclusions on the
effect of temperature on relative permeability data.

Closmann et al.5 used the steady state technique to measure
altered, unaltered and de-asphalted tar and brine relative
permeabilities at elevated temperature using previously frozen
Peace River cores.  They concluded that, at higher
temperatures, tar and water relative permeability curves
shifted toward lower water saturations.

Maini and Batcyky6 conducted unsteady state experiments
at temperatures ranging from room temperature to 522°F using
a previously frozen core from a heavy oil reservoir, and stock
tank oil and formation brine from the same reservoir.  They
measured the absolute permeability to formation brine using a
transient pressure decay test, and used history-matching
calculations to obtain relative permeabilities.  They concluded

SPE 54120
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that, irreducible water saturation increased and residual oil
saturation decreased with increasing temperature up to a
temperature limit.  Moreover, they reported that relative
permeability to oil decreased, and relative permeability to
brine remained unchanged with increasing temperature.

Polikar et al.7 used the steady state technique to measure
the relative permeability of Athabasca bitumen using
unconsolidated Ottawa sand as the porous medium.  Their
results showed no significant effect of temperature on relative
permeability and saturation data up to 392°F.

Maini and Okazawa8 analyzed unsteady state experiments
conducted on an unconsolidated silica sand using Bodo stock
tank oil  and de-ionized water.  They history matched
production and differential pressure data to obtain relative
permeability curves.  They concluded that the most reliable
data they obtained were at residual oil saturation after three
pore volumes injected.  They observed increasing relative
permeability to water with increasing temperature.

Unlike the previous researchers, Watson and Ertekin9

studied the effect of temperature gradient on relative
permeability measurements using the steady state technique.
They found that different temperature gradients caused
differences in both irreducible water saturations and residual

oil saturations.  These data suggested that the fired Berea cores
become increasingly water-wet, and unfired cores become
increasingly oil wet, during imbibition and drainage.
Moreover, they concluded that relative permeabilities to both
oil and water decreased with increasing temperature.  They
also observed that the absolute water permeabilities of fired
Berea sandstone cores were unaffected by temperature.

Polikar et al.10 conducted both steady state and unsteady-
state relative permeability experiments to find out the effect of
temperature on relative permeability.  Using Athabasca
bitumen and deionized water, they used the JBN11 technique to
analyze their results.  They observed no significant
temperature effects on relative permeability of either phase,
nor in the residual oil and irreducible water saturations.  They
attributed the small changes seen to core heterogeneity.
Moreover, they reported that steady state and unsteady-state
techniques resulted in similar relative permeability curves.

More recently, Muqeem et al.12 conducted steady state two
phase and three phase relative permeability experiments at
167°F and 257°F (75°C and 125°C) using an unconsolidated
silica sand with refined oil, brine and nitrogen gas.  The
measured relative permeabilities showed no significant
temperature effect.

Table 1 - A Summary Of The Recent Experimental  Investigations Of Temperature
Effects On Relative Permeability.

Ref. Technique Fluids Core Temperature
Range

Saturation
Measurement

End-Point
Saturation

Relative
Permeability

1 Unsteady State
(Welge)

Refined Oils (No 5 &
15)

Berea (1382°F) room-500°F graduated cylinders Sor ↓ T ↑ - krw shifted
 to lower Sw

3 Unsteady State (JBN) Refined Oil Unconsolidated
Ottawa (170-200)

room-250°F photo cell + frequency
counter

independent independent

4 Unsteady State (JBN) Refined Oil (Blandol) Unconsolidated
Ottawa (100-200) +
Berea (932°F)

room-300°F separator + graduated
cylinders

independent independent

5 Steady State Altered-unaltered-
deasphalted tar

Frozen Peace River
Cores

385°F electrical resistance not presented krw shifted
to lower Sw

6 Unsteady State
(History Matching)

Stock Tank Oil Frozen Core from a
Hvy Oil Res

room-522°F separator + fractional
collector

Swirr↑T↑
Sor↓ T↑

kro↓ T↑

krw→ T↑

7 Steady State Athabasca Bitumen Unconsolidated
Ottawa (~200)

room-482°F material balance independent independent

8 Unsteady State
(History Matching)

Bodo Stock Tank
Oil+3.5% ether

Unconsolidated Silica
Sand (140-170)

room-392°F separator + fractional
collector

not presented krw↑ T↑

kro↓↑ T↑

10 Steady State Refined Oil (Soltrol
170)

Berea (1832°F) +
unfired

room-300°F material balance Swirr↑ T↑ kro, krw↓ T↑

11 Steady & Unsteady
State (JBN)

Athabasca Bitumen Unconsolidated Silica
Sand (170-230)

212°F-482°F material balance independent independent

12 Steady State Refined Oil+N2 Unconsolidated Silica
Sand (140-200)

167°F&257°F separator not presented independent

13 Unsteady State (JBN) SJV Oil-GulfLight +
SJV

Unconsolidated
preserved cores +
Berea (925°F)

room-300°F graduated cylinders independent krw shifted
to lower Sw
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Kumar and Inouye13 used the JBN technique to analyze
unsteady state relative permeability experiments conducted at
differing temperatures.  They tried to obtain low temperature
analogues to high temperature relative permeability data.
They concluded that relative permeability data obtained at
ambient conditions can be used for high temperatures as long
as the viscosity ratios and the wettabilities were similar.  They
also reported that residual oil saturation and irreducible water
saturation are independent of temperature and are a function of
viscosity ratio.

The results obtained from the aforementioned studies are
summarized in Table 1.  It can be observed that there is no
conclusive agreement on the effect of temperature on oil/water
relative permeabilities.  Although some studies show an effect
of temperature, others disagree with that by attributing
changes observed to viscous instabilities and
to other experimental errors.  Basically, the reasons for
divergence of experimental data may be summarized as
follows:
1. Errors in saturation measurements.
2. Errors caused by neglect of capillary pressure end effects.
3. Wettability variations with differing oils, and brines.
4. Assumptions made to relate experimental procedures and/or
calculations.
5. Inadequacy of mathematical models used to represent
multiphase flow conditions.

It is clear that, unless the problems stated above are
overcome, a better understanding of the effects of temperature
on relative permeabilities will not be achieved.  In the first part
of this study, the accuracy of the JBN technique for the
determination of heavy oil/water relative permeabilities and its
implication on the effect of temperature on relative
permeabilities is discussed by giving numerical as well as
experimental examples.  In the second part of the study, a new
experimental technique is presented to tackle the effect of the
temperature problem in a qualitative manner.  In this
technique, an ambient temperature unsteady-state relative
permeability run is conducted in the first stage, and following
that, the temperature is increased twice (i.e. 122°F and 150°F).
Two phase saturation profiles along the sand pack are
measured using a CT scanner.  A commercial black oil
simulator, coupled with a global optimization code is then
used to estimate two phase relative permeabilities.  It has been
observed that a single set of relative permeability curves can
represent both the ambient and high temperature parts of the
experiment.  This suggests that relative permeability is not a
function of temperature at least over the temperature range
studied on the system tested.

Application of the Unsteady-State Relative
Permeability Estimation Technique to Heavy Oil
Systems
Most of the parameters used in thermal simulations are
obtained from laboratory measurements.  For instance,
water/oil relative permeability curves are determined from
corefloods involving formation brine and oil.  There is,

however, uncertainty associated with this type of data since
the high viscosity of heavy oils makes the measurement
difficult, and the unspecified heterogeneity of the core
material complicates flow paths and saturation distributions..
The principal objective of this section is to examine whether
or not a Buckley-Leverett type displacement model (i.e. JBN
technique) could be used to describe the behavior of such
unstable displacements.  Another purpose is to find out what
happens if such a technique is used to estimate oil/water
relative permeabilities.  To achieve this goal, several
hypothetical, unstable and immiscible displacements
corresponding to experiments conducted at different
temperatures were simulated using a commercial simulator.
The level of instability in these experiments was quantified by
a dimensionless stability number, Nis proposed by Peters and
Flock14.
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According to Peters and Flock, a core-flood will be stable
(piston-like displacement, and no viscous fingering) if the
dimensionless stability number is less than 13.56.  The
properties of the porous medium and the fluids used in the
hypothetical experiments as well as the stability numbers for
no initial water saturation are presented in Tables 2 and 3.  It
can be observed that even at high temperatures, these core-
floods are highly unstable showing significant viscous
fingering.  However, capillary end effects were kept at a
minimum as the scaling coefficients proposed by Rapoport
and Leas15 were higher than the critical value (i.e. L u µw, ft-
ft/s-cp is greater than 3.5) for all experiments.

A commercial black oil simulator, ECLIPSE16, was used to
simulate the experimental conditions given in Table 2.  Three
dimensional, radial geometry was used to simulate the
experiments.  To account for viscous fingers, center grids had
smaller diameter increments compared to the outer ones .  The
first and last grid planes in the z direction had higher
transmissibility compared to other grids to reproduce the
experimental inlet and outlet lines together with spider-web
shaped end plates.  Production and pressure differential history
across the core were collected.  Unsteady-state relative
permeabilities were then computed by applying the JBN
technique11 using the equations given below:

f
k

k

dN

dWo
rw o

ro w

p

i

=
+

=
1

1
µ
µ

            S S N W fw wi p i o2 = + −



SPE 54120 EFFECT OF TEMPERATURE ON HEAVY OIL/WATER RELATIVE PERMEABILITIES

6

Table 2 - Properties Of Porous Medium And
Fluids Used For Hypothetical Experiments.

Porous Medium Fluid Properties

Oil

Permeability = 5.3 Darcies Viscosity @°70 F=220 cp

Porosity = 0.394 Density @°70 F=0.878 gm/cc

Length = 17.8 cm Water

Diameter = 2.54 cm Viscosity at °70 F = 0.97 cp

Density at °70 F = 1.00 gm/cc

Table 3 - Stability Numbers For Different
Experiments With No Initial Water Saturation.

Experiment 1 2 3

Temperature, °F 70 122 150

Stability Number 40167 6650 3174

Rapoport & Leas Number 14.21 7.82 5.97

Figure 1 gives the comparison of the saturation
distributions at 0.193PV of water injected obtained from
simulations along the hypothetical core (L=17.8 cm) at three
different temperatures (70, 122 and 150°F) and at four
different locations with a zero initial water saturation.  It can
be observed that the front is not stable, and moreover, a
fingering pattern is visible in the center of the core for all
cases.  Note that the same set of relative permeability curves
was used to generate these data.

       1            4            7           10 cm

Fig.1- Comparison of saturation distributions at different
temperatures: top 70°F, middle 122°F, bottom 150°F, at 0.193 PV
injected.

The relative permeability curves obtained using JBN
analysis for no initial water saturation are compared to the
input curves in Fig 2.  Notice that although the same relative
permeability curves were used to simulate core-floods at
different temperatures, different apparent relative permeability
curves were obtained using the JBN technique.  Interestingly,
the resulting relative permeability curves show a false
temperature dependence.  That is to say, there is a
considerable increase in the calculated relative permeability to
oil and water at a constant saturation as temperature increases.
The end point oil saturation also decreases and the
corresponding water relative permeability increases as
temperature increases as observed in Table 4.  This false
temperature dependence agrees with the general trend that oil
and water relative permeability curves shift to the right as
reported in studies by Sinnokrot17, Weinbrandt et al.18, and
others5,6.  Moreover,  these false findings agree with the
concept of decreased residual oil saturation with a temperature
increase.
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Fig. 2- Comparison of JBN derived relative permeabilities to input
data for differing temperatures with no initial water saturation.
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Table 4 - End Point Oil Saturation And Relative
Permeability To Water At Different

Temperatures Without Initial Water Saturation.

Temperature (°F) Sor Krw

70 0.292 0.0538

122 0.255 0.0764

150 0.212 0.161

input 0.200 0.172

Three similar hypothetical experiments were simulated to
see the effect of initial water saturation.  The stability numbers
were much smaller compared to the no initial water saturation
case, but still indicated unstable displacements as observed in
Table 5.  In these cases, the calculated relative permeability
curves showed similar false temperature effects, and also
failed to find the input relative permeability curves as shown
in Fig 3; the differences were somewhat smaller for oil relative
permeabilities but larger for water relative permeabilities.
Similar to the no initial water saturation cases, the calculated
residual oil saturation decreased as temperature increased as
observed in Table 6.

Table 5 - Stability Numbers For Different
Experiments With Initial Water Saturation.

Experiment 1 2 3

Temperature, °F 70 122 150

Stability Number 582.3 96.4 46

Rapoport & Leas Number 14.21 7.82 5.97

Table 6 - End Point Oil Saturation And Relative
Permeability To Water At Different

Temperatures With Initial Water Saturation.

Temperature (°F) Sor Krw

70 0.281 0.0684

122 0.244 0.0995

150 0.204 0.2119

input 0.200 0.172

Another common technique used to estimate relative
permeability curves is one dimensional history matching.  To
estimate relative permeability curves with the history

matching or parameter estimation approach, an objective
function as shown below, is constructed as a weighted sum of
squared differences between the measured data and
calculations from a one-dimensional mathematical model of
the experiment.
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Fig. 3- Comparison of JBN derived relative permeabilities to input
data for different temperatures for 40% initial water saturation.

For a typical displacement experiment, the measured data
might consist of a set of pressure drops across the core, the
recovery histories of the displaced phase, and if available the
internal saturation profiles19.

By using a one dimensional radial grid definition, the same
hypothetical, aforementioned data for no initial water
saturation was used to generate relative permeability curves by
matching the pressure and production response for differing
temperatures.  Figure 4 compares the estimated relative
permeability curves with the input data.  As the temperature
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increased, oil relative permeability increased and water
relative permeability decreased at the same saturation.
Therefore, it can be concluded that one dimensional history
matching is also showing a false temperature effect.
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Fig. 4- Comparison of history matched relative permeabilities to
input data for different temperatures for no initial water
saturation.

The above findings clearly show that JBN, and like
techniques can lead to erroneous results.  It seems that the
viscous instability effects get smaller if the core is initially at
residual water saturation.  Another important finding is that
because of viscous instabilities, the JBN technique also leads
to a false temperature effect regardless of initial water
saturation.

A possible, alternative solution to the problem of finding
the effect of temperature on heavy-oil/water relative
permeabilities is to introduce a new experimental technique
that consists of three different parts.  In the first part, a
conventional oil/water relative permeability experiment is
conducted until no more oil is produced.  Following that the
temperature is increased twice, and at each of these higher
temperatures injection is continued until residual oil
saturation.  The pressure, saturation and production data
collected during the ambient part of the experiment is used to
calculate heavy oil/water relative permeability curves using
the aforementioned history matching procedure.  Then, using
these relative permeability curves, the rest of the experiment
(i.e. higher temperature parts) is simulated and compared to

experimental data.  There are two possible outcomes of this
procedure:

1. Both parts of the data (i.e. cold and hot) are matched by
using only one set of relative permeability curves, which
would indicate that the flow functions do not depend on
temperature.

2. The algorithm fails to represent both parts of the
experimental data (i.e. cold and hot) using a single set of
relative permeability curves, which would indicate that
the flow functions depend on temperature.

This technique provides a qualitative result to the effect of
temperature on oil/water relative permeabilities.  Yet, at the
same time the higher temperature parts of the experiment
provide some quantitative information on the residual oil
saturation and end point relative permeabilities.

Results and Discussion
Two different sets of experiments were conducted using the
proposed experimental procedure and analysis.  In the first set
of experiments, clean Ottawa sand and a high viscosity
mineral oil were used.  Table 7 gives the properties of the
porous medium and the fluids used in these experiments.
Since high temperature relative permeability experiments
require core holders and sleeves that can withstand high
temperature and pressure, a core holder was designed that
consists of an aluminum outer shell with internal adjustable
centralizers which hold and centralize an aluminum core
sleeve (1 3/4 in ID, and 16 in long ) as shown in Fig 5.  The
core sleeve can operate safely up to 482°F and 1000 psi.  With
its current design the core holder is suitable for CT monitored
high temperature experiments using a heating circulator for the
annulus.

Table 7 - Properties Of The Sand And Fluids
Used In The First Set Of Experiments.
Porous Medium Fluid Properties

Ottawa Sand (mesh 100-

200)

Mineral Oil (Kaydol)

Permeability = 5.3 Darcies Viscosity @ 70°F=220 cp

Porosity = 0.31% Density @ 70°F=0.878

gm/cc

Length = 40.64 cm Water (8% weight KBr)

Diameter = 4.445 cm Viscosity at 70°F=1.075 cp

Density at 70°F=1.05 gm/cc
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Screen Sandpack Screen

Centralizer Centralizer

Centralizer Centralizer

Sleeve

In Out

Fig. 5- Schematic diagram of the core holder used in the
experiments.

Following the aforementioned procedure a displacement
experiment was conducted with initial water saturation.  The
first part of the experiment was performed at room
temperature and then the temperature was increased to 122°F
and, then to 150°F.  CT scans were taken to monitor saturation
changes at differing times.  Figure 6 displays 3D re-
constructions of water saturation distributions at different
stages of the experiment at differing temperatures.  The left
column of this figure gives images taken at 0.606, 1.01, 6.06,
and 8.33 pore volumes of water injected from the ambient
temperature part of the experiment.   It can be observed that,
because of the high viscosity ratio, water fingers were formed
and the flood front was not stable.  The effect of temperature
is presented at the right column of the same figure.  As can be
seen, average water saturation does not change much.  Figure
7 shows average oil saturation profiles obtained by averaging
CT derived saturations plotted at differing times.  It can be
noticed that temperature increase has a minimal affect on the
end point saturations.  We can say that residual oil saturation
is independent of temperature.  Following that, a nonlinear
optimization code19 coupled with a commercial simulator16 in
2-D radial mode was used to history match the ambient part of
the experimental data in a least squares manner and the
relative permeability curves presented in Fig 8 were obtained.
Figure 9 gives pressure differential and production data fits to
all parts of the experiment using these curves.  It can be
observed that the experiment can be modeled using the
relative permeability curves obtained from the cold part.  This
indicates that heavy oil/water relative permeabilities do not
depend on temperature for the system in consideration at this
temperature range.

Variations in capillary pressure and relative permeability
with temperature may be expected for a rock/fluid system
whose wettability is temperature dependent.  Sinnokrot et al.17

discussed that relative permeabilities and capillary pressures
may exhibit temperature dependence for systems whose fluids
contain large concentrations of wettability altering compounds
like asphaltenes.  To check such a possibility another

experiment with initial water saturation was conducted using
South Belridge sand and oil.  This field was selected since it is
a major target for thermal recovery operations like steam
flooding and in-situ combustion20.  Table 8 gives the
properties of the porous medium and the fluids used in the
experiment.  The sand was packed without cleaning to
preserve the original wettability.  The initial temperature of the
experiment was kept at the reservoir temperature of 95°F
(35°C)20 to have a reasonable starting viscosity ratio as
observed in Fig 10.  The rest of the experimental procedure
was similar to the previous one such that the temperature was
increased to 122°F and, then to 150°F after the initial part.
However, because of experimental difficulties water injection
at higher temperatures was not continued down to residual oil
saturation.

Fig. 6- 3-D reconstruction of water saturation distribution at
different stages of the experiment 1 (Left 70°F, right top 70°F,
middle 122°F and bottom 150°F).
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Fig. 7- Oil saturation distribution at different stages of Experiment
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Fig. 8- Relative permeabilities obtained by automated history
matching technique for Experiment 1.
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Fig. 10- South Belridge oil/water viscosity ratio temperature chart
for Experiment 2.

Figure 11 gives re-constructions of the water saturation
profiles obtained using the CT scan images.  A higher level of
instability is apparent compared to the previous experiment
because of the high viscosity ratio.  Compared to the previous
experiment the effect of temperature is much greater as can
also be observed from the average saturation profiles plotted
in Fig 12.  This was due to the short duration of each hot part
of the experiment.  However, a nice match was obtained to
experimental pressure data shown in Fig 13 using the relative
permeability curves presented in Fig 14 which is based on the
cold temperature match.  Therefore, it was concluded that
relative permeability is not a function of temperature at least
for the systems presented and for the temperature range
studied.  It also appears that wettability alteration is not an
important factor at this temperature level.  Further study at
higher temperatures is required.
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Fig. 11- Planar reconstruction of water saturation distribution at
different stages of the Experiment 2 (Left 70°F, right top 70°F,
middle two 122°F and bottom 150°F).
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Fig. 12- Oil saturation distribution at different stages of the
Experiment 2.

Figure 11 gives re-constructions of the water saturation
profiles obtained using the CT scan images.  A higher level of

instability is apparent compared to the previous experiment
because of the high viscosity ratio.  Compared to the previous
experiment the effect of temperature is much greater as can
also be observed from the average saturation profiles plotted
in Fig 12.  This was due to the short duration of each hot part
of the experiment.  However, a nice match was obtained to
experimental pressure data shown in Fig 13 using the relative
permeability curves presented in Fig 14 which is based on the
cold temperature match.  Therefore, it was concluded that
relative permeability is not a function of temperature at least
for the systems presented and for the temperature range
studied.  It also appears that wettability alteration is not an
important factor at this temperature level.  Further study at
higher temperatures is required.
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Conclusions
Based on hypothetical heavy-oil/water numerical simulations
it was observed that the use of the JBN technique for the
estimation of heavy-oil/water relative permeabilities leads to
erroneous results and a false temperature effect  A new
experimental technique is presented to tackle the problem of
the effect of temperature on oil/water relative permeability.  It
was found that temperature does not have any effect on the
relative permeabilities for the systems and temperatures used
in this study.  These findings show that previously observed
apparent temperature dependence of endpoint saturations and
relative permeabilities is basically caused by a decrease in the
oil/water viscosity ratio with temperature.
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Fig. 14- Relative permeabilities obtained by automated history
matching technique for Experiment 2.
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Nomenclature
d = Core diameter, ft.
f = Fractional flow, fraction
g = Gravitational acceleration
k = Relative permeability, fraction
u = Darcy velocity, ft/sec
Ir = Relative injectivity, fraction

J = Objective function
M = Mobility ratio or number of grids
N = Number of data points

Np = Production, PV
Nw = Wettability number, dimensionless
Q = Volume of displaced phase recovered, PV

∆p = Pressure differential across the core, psi
S = Saturation, fraction

Vc = Characteristic velocity, ft/sec
W = Injection, PV or weighing factor
µ = Viscosity, cp
ρ = Density, lb/ft3

σ = Oil-water interfacial tension, dyne/cm

Subscripts and superscripts
cal = Calculated

i, j, k = Indices
o = Oil

obs = Observed
or = Residual oil
p = Produced
w = Water

w2 = End point
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Abstract
The fluid transfer parameters between matrix and fracture are
not well known. Consequently, simulation of fractured
reservoirs uses, in general, very crude and unproved
hypothesis such as zero capillary pressure in the fracture
and/or relative permeability functions that are linear with
saturation. In order to improve the understanding of flow in
fractured media, an experimental study was conducted and
numerical simulation used to interpret experimental results.

A laboratory flow apparatus was built to obtain data on
water-air imbibition and oil-water drainage displacements in
fractured sandstone systems. During the experiments, porosity
and saturation were measured along the core utilizing a
Computerized Tomography (CT) scanner. Saturation images
were reconstructed in 3-D to observe how matrix-fracture
interaction occurred. Differences in fluid saturations and
relative permeabilities caused by changes of fracture width
have also been analyzed.

In the case of water-air imbibition, fracture systems with
narrower fracture apertures showed more stable fronts and
slower water breakthrough than the wide fracture systems.
However, the final water saturation was higher in wide
fracture systems, thus showing that capillary pressure in the
narrow fracture has more effect on fluid distribution in the
matrix. During oil-water drainage, oil saturations were higher
in the blocks near the thin fracture, again showing the effect of
fracture capillary pressure. Oil fingering was observed in the
wide fracture.

Fine-grid simulations of the experiments using a
commercial reservoir simulator were performed. Relative
permeability and capillary pressure curves were obtained by
history matching the experiments. The results showed that the
assumption of fracture relative permeability equal to phase

saturation is incorrect. We found that both capillary and
viscous forces affect the process. The matrix capillary pressure
obtained by matching an experiment showed lower values
than reported in the literature.

Introduction
Flow equations describing fractured porous media are usually
written assuming that reservoir behavior is dominated by the
transfer of fluid from the matrix to high conductivity fractures,
that are often entirely responsible for flow between blocks and
flow to wells.

Conventional representation of these equations assumes
the knowledge of both rock and fluid properties, capillary
pressure, and relative permeabilities. Any of these parameters
can be obtained for the matrix by laboratory work, but not for
the fractures.  To obtain more data on properties such as
fracture capillary pressure, fracture relative permeabilities
and/or saturation distributions, an experimental  and numerical
study was conducted

In general, several authors (Kazemi and Merrill (1979),
Beckner (1990), Gilman et al. (1994)) have assumed that
fracture capillary pressure is negligible. Others have shown
experimentally that capillary continuity becomes important
when gravity provides a driving force (Horie et al. (1988),
Firoozabadi and Hauge (1990), Labastie (1990), Firoozabadi
and Markeset (1992). Kazemi (1990) states his belief that
capillary continuity is prevalent in the vertical direction and
has suggested that, to reduce the number of equations to solve,
fractured reservoir simulators should use the dual-permeability
formulation for the z direction and the dual-porosity
formulation for the x and y directions.

For this work, detailed measurements of pressure, rate, and
saturation distribution were performed, and attempts to
measure phase distribution inside the fracture were also made
using a (CT) scanner. This research resulted in a much better
understanding of the physical processes that occur when two
or three phases flow in a fractured system, compared to
previous reported studies (Guzman and Aziz (1993), Hughes
(1995)). Our first step was constructing an experimental
apparatus capable of reproducing the results obtained by that
by Hughes(1995). Thus, we conducted similar experiments
using two of the core holders developed by him in order to
verify that this new experiment gives consistent results. Once
the apparatus was tested, we conducted multiphase flow
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experiments using an 8% NaBr brine solution as the wetting
phase, and decane as the nonwetting phase. Three stages in
each experiment were completed: study of water imbibing into
a dry core, decane displacing water in a water-saturated core,
and water displacing oil. Differences in fluid saturations and
relative permeabilities caused by changes in fracture width
were also analyzed.

Simulations of the experiments using a commercial
reservoir simulator were performed.  Fracture relative
permeability and capillary pressure curves were obtained by
history matching the experiments. A sensitivity analysis of
parameters such as fracture relative permeability, capillary
pressure in the fracture, and fracture width was also
completed.

Experiment Design
The experiments presented in this work were made using an
apparatus similar to the one designed, constructed and used by
Hughes (1995). The following subsections give a description
of the material and methods used to build the experimental
set-up.
Cores. For this work, we used two of the three rectangular
blocks of Boise sandstone cores constructed and used by
Hughes(1995). Both core holders consist of two 2 15/16 x 1
1/2 x 11 inch blocks. The first core holder is system of the two
blocks together, i.e. with no spacer in between the blocks. The
second one is a similar configuration, but has a 1-mm thick
spacer fastened in place with Epoxy 907 to provide separation
between the blocks to simulate a fracture.

Coreholder DesignCoreholder Design

VitonViton
GasketGasket

PlexiglasPlexiglas
 holders holders

Boise SandstoneBoise Sandstone

CoreCore

Epoxy

Epoxy

FilterFilter
PaperPaper

Positioning SystemPositioning System

FractureFracture

PortsPorts

Fig. 1- The Core Holder.

Core holders. Due to the rectangular shape and the desire to
measure in-situ saturations through the use of the CT scanner,
conventional core holders could not be used. A core holder
similar to the one designed by Guzman and Aziz (1993), and
later developed by Hughes (1995) was used. An epoxy resin
surrounds the core, as well as plexiglas end plates and a piece
of 3/8 inch Viton that acts as a gasket between the core and the
plexiglas end plates as shown in Fig. 1.

Positioning System. The positioning system consists of a
moving table with 0.01 mm accuracy that is positioned
electronically by means of a control panel. Basically, any flat
surface can be attached to this table using screws. This system
was one of the major improvements to previous designs
(Guzman, 1993; Hughes, 1995). In this way, we can obtain
cross-sectional images of the core at the same location at any
desired time of the experiment. This could not be performed in
other studies because the standard patient table of a CT
Scanner of this type lacks comparable accuracy.
Flow System. The flow system (Fig. 2) allows fluids to be
directed to any port or combination of ports in the experiment
such that: 1)It can be directed to calibrate the pressure
transducers, 2)It can be used to inject from one end and to
produce from the opposite end, 3) It can be used to inject into
one or more of the ports on the top and bottom of the core
holder, or  4) To bypass the core holder completely. It also
consists of two pumps that inject 0.01 to 9.99 cm3/min in 0.01
increments. Plumbing downstream of the pumps allows
mixing of the fluids being discharged by each pump. This
setup allows injection pressure to be monitored with a test
gauge and recirculation to measure pump output rates.

Fig. 2- Flow System (After Hughes, 1995.)

Production Measurement System. The production
measurement system is an adaptation of a design given by
Ameri and Wong (1985). Fig. 3 shows this system. The
electronic balances are connected to the serial communication
ports of a personal computer (PC).
Pressure Measurement System. Pressure drop along the core
can be measured between any of the six different positions on
the core labeled as T-x. In Fig. 2, one can see that two of the
transducers are connected to the inlet and outlet of the core
holder. Each transducer is connected to a carrier demodulator
which produces a DC signal in the range from -10 to +10 V
that is proportional to the pressure drop. The output signals
were recorded on a chart recorder and also captured in digital
form.
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Fig. 3- Production system (after Hughes, 1995.)

CT Scanner. A CT Scanner can be used to calculate porosity,
saturation and in some cases, concentration distribution and to
track advancing fronts. It can also be used to measure fracture
aperture. We use a Picker 1200SX Dual Energy CT scanner.
Fluids. CT numbers are proportional to their densities. A
selection of fluids and dopants were employed in order to
obtain the best contrast in CT numbers and, hence, most
accurate in terms of phase saturation. Decane was used to
represent the oil phase, and  8% NaBr, by weight, water
solution was used as the water phase.

Experimental Procedure
The first core used had a fracture with no spacer in between
the blocks. The total travel distance of the positioning system
(accuracy ± 0.01 mm) was then 25.5 cm, resulting in 13 slices
including two located at the pressure ports (fourth and
eleventh, for the first experiment; and fourth and tenth, for the
second experiment.) The second experiment was conducted
using a core holder that contained a similar system with two
Boise sandstone blocks with a 1 mm thick fracture in between.
Fig. 4 shows the CT scan locations.

Fig. 4- CT Scan locations.

The first step in the experimental procedure was to scan
the dry core. This step was very important to verify that the
apparatus and the set-up were working properly. For instance,
there were some problems with the core holder in a first trial

for the dry scan. We could not keep its position horizontal,
because it was quite heavy and held only by one of the sides.
Two C clamps were used to strengthen the attachment to the
positioning system and, thus, to keep the core holder in the
same horizontal position during the experiment. After these
improvements, the dry scans were conducted successfully.

The second step was to evaluate how water imbibed into
an unsaturated core. This part of the experiment gave us
results that can be compared with those obtained by Hughes
(1995), and eventually used to evaluate how well the new
experiment worked. Starting with a flow rate of 2 cm

3
/min,

CT images of the core were taken every 5 minutes for the first
20 minutes of water injection (0.15 PV); after this, images
were taken at 30 min (0.22 PV), 45 min (0.33 PV), 1 hr. (0.45
PV), 1hr 30 min (0.67 PV), 2 hr (0.89 PV), 3 hr (1.34 PV), and
4 hours (1.78 PV) after water injection started. Next, the top
and bottom ports were opened since we wanted to fill up the
core to the maximum water saturation (Sw=1.) Common to all
time steps, we tried to take images up to one location ahead of
the position of the water front.

After 5 hours of water injection (2.25 PV), the flow rate
was changed to 0.5 cm3/min in order to inject water for 14
more hours to reach steady state. After 19 hours (8.55 PV),
reference 100% water saturated images were taken. Then, at
19 hours and 45 min (8.9 PV) the water rate was changed back
to 2 cm3/min, and the top and bottom ports were closed. At 21
hours (9.45 PV) a final set of slices was taken to find any
possible change in CT numbers. Negligible changes in CT
numbers were observed. At 23 hours of water injection, the
third step of the experiment started. Table 1 summarizes the
flow rates used.

The third step of the experiment involved injecting decane
at 2 cm3/min. The scanning frequency  was intended to be the
same as the water injection process. Thus, images of the core
were taken every five minutes until the first 20 minutes of oil
injection (0.15 PV). After that, more images were taken at 30
min (0.22 PV), 45 min (0.33 PV), 1 hr. (0.45 PV), 1hr 30 min
(0.67 PV), 2 hr 30 min (1.13 PV), and 3 hr 45 min. (1.69 PV)
after oil injection started.  Then, the top and bottom ports were
opened at 4 hours (1.79 PV) since we wanted to fill the core
up to the maximum possible point. At 4 hr 30 min of oil
injection, one more set of images was taken.  After 5 hours
(2.25 PV) of oil injection, the flow rate was changed to 1
cm3/min for 16 hours (7.2 PV)  to reach higher possible oil
saturations (1-Swc). After 21 hours of oil injection (9.45 PV), a
new set of slices was taken, and the ports were closed. Then,
at 21 hours and 39 min the oil injection was stopped, and
water injection at the maximum pump rate (9.99 cm3/min) was
started.

The fourth step of the experiment was the water displacing
oil stage. Injecting 9.99 cm3/min of water, images were taken
at 5 min (0.04 PV), 15 min (0.13 PV), and 30 min (0.23 PV).
At 1hr 10 min (0.53 PV), water injection was stopped, the
inlet and outlet lateral ports were also closed, leaving all of the
core holder’s ports closed. One more set of images was taken
after two days of closing the core holder to observe if capillary
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equilibrium had been reached. Table 1 summarizes the flow
rates used and the timing of each.

The second experiment was performed using the core
holder that contained a system with two Boise sandstone
blocks with a 1 mm thick fracture in between. The same
experimental  procedure was followed. Essentially, we wanted
to obtain CT images, and then saturation values for equivalent
times, so we could compare the differences between the two
systems. The rates and timing for the case of two blocks with a
wider fracture are shown in Table 2.

Data Analysis
Using the CT numbers obtained from the experiments,
porosity and saturation distributions along the core were
determined. The most common way to calculate porosity from
CT Scanner images is by using the following expression
(Withjack, 1988):

φ =
−
−

CT CT

CT CT
cw cd

w a

 .………………………………………(1)

where CTcw is the CT number for a 100% water saturated
core at a matrix location, CTcd is the CT number for a dry
core at a matrix location, CTw is the CT number for water,
and CTa is the CT number for air. The CT number for water
(8%NaBr solution, for this work) is around 360, while the CT
number for air is -1000.

The water and oil saturations were also calculated from the
CT images. The following equations show how to evaluate
water saturation for the water displacing air case, and for the
oil displacing water or water displacing oil case.

cdcw
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w CTCT

CTCT
S

−
−

= . ……………………………………..(2)

where CTaw is the CT number for water and air saturated core
at a matrix location. Similarly, for the case of oil-water
systems:
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CTCT
S

−
−
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where CTow is the CT number for a water and oil saturated
core at a matrix location, and CTo is the CT number for oil.
The CT number for oil (decane, for this work) is around -272.

Experimental Results
First, we computed the values of porosity using Eq. 1 at each
location indicated in Fig. 4. The porosity images for both
systems are shown in Fig. 5, where the values below each
square correspond to the mean and the standard deviation,
respectively, of the porosity values obtained from CT
numbers. This step was essential for both experiments because
from these images and their corresponding values we

differentiated the regions with higher or lower porosity. The
range of values is shown in the color bar in the right hand side
in Fig. 4. There, we can also see that the system with the thin
fracture has a little higher porosity than the system with the
wide fracture, especially in the top block, where values up to
0.13 were observed. We found that the average value for
porosity calculated from the scans was 14.5% which matches
with the average value 14.35% reported by Hughes (1995);
however, this value differs from the average porosity
measurements of 25.4% obtained by Guzman and Aziz (1993)
and 29.3% obtained by Sumnu (1995). All of these previous
studies have also shown areas in the rocks, which have lower
permeability.

Water-Air Imbibition. Following the aforementioned
procedure, and the flow rates, times and water injection
conditions listed in Table 1, several sets of images like those
shown in Fig. 6 corresponding to 1.5 hours of water injection
(0.67 PV) were obtained. Similar to the porosity images, each
square corresponds to water saturation values obtained at one
location. The pair of values presented below each square
corresponds to the mean and standard deviation of the top,
bottom, and both blocks, respectively. The gray scale on the
right hand side shows the range of water saturation values.
Different profiles, corresponding to different pore volumes of
water injected were plotted. The profiles are more or less
stable and they appear to be quasi one dimensional. The same
procedure was followed for the wide fracture system and CT
saturations were obtained. Fig. 7 gives water the saturation
distribution at 0.67 PV of water injected. Different profiles,
corresponding to different pore volumes of water injected
were also plotted. The profiles are less stable than those for
the thin fracture system as observed from the 8th through 12th

slices. We observed similar profiles for all times.

Oil-Water Drainage. Similar images were obtained for the
second stage of the experiments (oil injection). Fig. 8 shows a
set of images corresponding to 2.5 hours (1.13 PV) of oil
injection. Here, the pairs of values below each square indicate
the mean and the standard deviation of oil saturation,
respectively. Shades were also assigned to the oil saturation
values. Thus, the gray scale on the right hand side shows the
range of values and their corresponding lightness or darkness.
In all the images shown in Fig. 8 darker shades indicate lower
oil saturation. For instance, black means zero oil saturation.
This stage was finished after  4 hours of oil injection when we
opened the lateral ports of the core holder to reach the
maximum possible oil saturation. The corresponding images
for the wide fracture system are shown in Fig. 9.

Water-Oil Displacement. Images for the third stage of the
experiment (water displacing oil) were also obtained. Due to
problems with one of the pumps, we could not analyze
properly the rest of the data for the case of thin fracture
system.  Images for the third stage of the second experiment
(water displacing oil in the wide fracture system) were also
obtained. The most interesting sets are shown in Fig. 10 and
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Fig. 11 corresponding to 16 hours (7.2 PV) and 17 hours (7.7
PV) of water injection, respectively. One can see that the
displacement of oil is completed almost perfectly.

Analysis of Experimental Results
Due to the fact that the experiments ended differently, we
were able to compare the results up to the second stage of both
experiments. This section shows the comparison graphically.

Three-dimensional (3-D) reconstructions of the sets of
water saturation images were calculated. All these images
were obtained using a color map for values above 50% of
water or oil saturation, respectively. These 3-D images show
more clearly how the fluids actually flow through the fractured
porous media. This work was intended to show the differences
between the flow patterns for different fracture thicknesses.
The reconstructed images are shown in Fig. 12. Each image
corresponds to a specific time. Thus, the first image on the
left-hand side of Fig. 12 is compared to the first one of the
right hand side of the same Fig. 12. The second image on the
left hand side was computed for the same time as the second
image on the right hand side, and so on. There, we can see that
the water front for the wider fracture system moves at almost
at the same speed as the water front for the narrow fracture
system does. For instance, one can see that after 1.5 hours of
water injection, the water front of the narrow fracture system
seems to be ahead of the front for the wide fracture system;
however, after two hours of water injection water has filled up
both systems.

Similarly, the 3-D oil injection history was also
reconstructed. Since the oil saturations were low for both
cases, it is a bit harder to see the differences. It is possible to
see that the thinner fracture system has higher oil saturation
close to the fracture. This is shown in Fig.13. One can see that
the narrow fracture system has lighter colors close to the
injection surface. We can also see that for the case of the wide
fracture system, the oil does not penetrate. Furthermore, oil
flows almost completely through the fracture. This is shown in
all the images on the right hand side of Fig. 13 by the almost
white horizontal line that corresponds to the fracture.
Remember that for the case of oil injection stages, darker
means lower oil saturation.

Numerical Simulation Results
Numerical simulations of the experiments using a commercial
reservoir simulator were conducted to study fracture relative
permeability and matrix/fracture interaction, to match previous
experimental results, and to provide experimental-numerical
based suggestions how to simulate multiphase flow in
fractured porous media.

A cubic Cartesian gridding proportional to the cores was
designed in such a way that we had three different “boxes”.
Two of them simulate the top and bottom blocks with matrix
rock properties; i.e., matrix capillary pressure curves, matrix
relative permeability curves, matrix absolute permeability,
porosity, and the other set of blocks simulate the horizontal
fracture with fracture properties; i.e., large absolute
permeability, fracture capillary pressure curves, and fracture

relative permeability curves. It was assumed that relative
permeability and capillary pressure in the matrix are constant.

For the water-air cases, we used the curves presented by
Persoff et. al. (1991) for matrix relative permeability and the
ones measured by Sanyal (1972) for matrix capillary pressure.
For the oil-water cases, we used the matrix capillary pressure
curves presented by Sanyal (1972). Unfortunately, no relative
permeability curves for oil-water system in Boise sandstone
have been reported, so we followed the procedure presented
by Purcell(1949) to obtain the matrix relative permeability
curves.

Fracture relative permeability and capillary pressure
curves were obtained by history matching the experiments.
Sensitivity analysis of parameters such as fracture relative
permeability, capillary pressure in the fracture, and fracture
width have been completed. We considered each parameter
independently.

First, we studied capillary pressure in the fracture under
the assumption that it is a linear function of water saturation.
Different cases for capillary pressure curves and relative
permeability curves for the fracture are shown in Fig. 14. It is
important to note that for fracture relative permeability curves,
the lower the slope of the straight line, the higher the
resistance to flow through the fracture. Starting with a high
capillary pressure in the fracture, we observed that the matrix
front matched well, but the breakthrough time was faster
compared to our experimental results. We decreased the slope
of the straight line capillary pressure in the fracture up to a
point in which the breakthrough time as well as the matrix
front matched the experiments. For the sake of completeness,
we also studied extreme cases that are often used in real
practice such as very low and no capillary pressure in the
fracture, although neither one resembled experimental data.
The no capillary pressure case showed us that the blocks
worked independently, so the capillary continuity that we had
seen in the experiments did not occur in the numerical studies.

After obtaining the proper description of capillary pressure
in the fracture, we continued by studying the effect of fracture
relative permeability curves. The assumption of fracture
relative permeability equal to phase saturation is often used in
numerical simulation. This assumption suggests, no resistance,
ideal flow of fluids in the fractures, such that inside the
fracture the phases can move past each other without
hindrance. However, if relative permeabilities with a slope
less than 1.0 are used, the effective total mobility is reduced.
Pan and Wang (1996) discussed that higher resistance in the
fractures must be used, such as 0.75 and 0.6 slope straight
lines instead. Our results show that the best matches are
achieved when an 0.6 slope is used. This indicates that the
presence of a small amount of one phase interferes
significantly with the flow of the other phase.

In order to obtain the best match, we also examined the
heterogeneities present in the systems, especially in the wide
fracture system. We ran different heterogeneous cases until we
obtained better matches. We achieved this goal by assigning
higher porosity (14%) to the bottom block and lower porosity
(13%) to the top block. The results for this case are shown in



E. RANGEL-GERMAN, S. AKIN, L. CASTANIER SPE 54591

20

Fig. 15 which proves that, capillary pressure in the fracture
can not be neglected and the heterogeneity must also be
considered.

Similarly, we followed the same analysis for the system
with no spacer in between the blocks. An interesting
observation was that neither the capillary pressure in the
fracture nor the relative permeability curves affected the
results. That led us to the conclusion that the fracture is so thin
that there is almost perfect continuity, and it acts like a solid
block. Fig. 15 also shows the comparison of the experimental
results with the numerical simulation results for the system
with no spacer. The fracture system without a spacer showed a
more stable front and faster breakthrough than the other, as we
had seen in the experimental results.

Similarly, we followed the same procedure for the oil
injection stages. The matches for the thin fracture system were
not very good, but the results for the wide fracture system,
where we had seen in the experiments that most of the oil
flowed though the fracture, are better. In this case, the
assumption of zero capillary pressure in the fracture worked
properly. These results are shown in Fig. 16.

Discussion and Recommendations
An apparatus that can be used to obtain detailed measurements
of pressure, rate and saturation distribution was built and
tested. It consists of a fractured core in an epoxy core holder,
with six different locations for pressure measurements. Phase
distribution in the matrix and inside the fracture were also
determined by means of a (CT) scanner.

Multiphase flow runs were performed, and data were
obtained. The experimental results were matched well by
numerical simulation. Numerical simulations were also used
to estimate the influence of variables such as fracture relative
permeability, matrix/fracture capillary pressure, and fracture
width. The results show that capillary pressure is a dominant
parameter in this type of water displacement. Knowledge of
the capillary pressure function is then critical.

The combined experimental and simulation study resulted
in a much better understanding of the physical processes that
occur when two or three phases flow in a fractured system,
compared to previous reported studies (Guzman and Aziz
(1993), Hughes (1995)).

This work allowed us to find areas with lower permeability
and porosity, and then use them in the numerical simulations
to obtain the best matches as shown in Fig. 15, for instance.
All the CT images and the three-dimensional reconstructions
obtained from them made the understanding of multiphase
flow and the comparison with simulation results much easier,
as shown in Fig. 15 and Fig. 16.

Several authors (Kazemi and Merrill (1979), Beckner
(1990), Gilman et al. (1994)) have assumed that fracture
capillary pressures are negligible. Others have shown
experimentally that capillary continuity becomes important
when gravity provides a driving force (Horie et al. (1988),
Firoozabadi and Hauge (1990), Labastie (1990), Firoozabadi
and Markeset (1992). Kazemi (1990) stated that capillary
continuity is prevalent in the vertical direction and has

suggested that, to reduce the number of equations to solve,
fractured reservoir simulations should use the dual
permeability formulation for the z direction and the dual
porosity formulation for the x and y directions.

This work showed that capillary continuity can occur in
any direction, depending on the relative strengths of the
capillary and Darcy terms in the flow equations; the thin
fracture systems have a more stable front and slower
breakthrough compared to wide fracture systems, and that
capillary pressure has more effect when the fracture is narrow.
We observed that neither the capillary pressure nor the relative
permeability curves in the fracture affected the results for the
narrow fracture system. That led us to the conclusion that the
fracture is so thin and/or each half mated so well that there is
almost perfect capillary continuity, and it acts very similar to a
solid block.

With this work we were able to verify that larger
recoveries can be obtained when fractures are wider, and that
the assumption of zero capillary pressure in the fracture is
incorrect especially for air and water. The assumption of
fracture relative permeabilities equal to the phase saturation
was tested. This work shows that straight-line fracture relative
permeability can be used, but it is not necessarily equal to the
phase saturation. X-type relative permeability curves can be
used for fractured system using larger flow resistances in the
fractures, such as 0.75 or 0.6 sloped straight lines instead. Our
results show that the best matches are achieved when a slope
of 0.6 is used.

This work has shown that both capillary and viscous forces
dominate the flow in fractures. Moreover, a procedure for
determining the parameters involved in transmissibility and
the transfer terms that appear in the flow equations in finite
difference form was established.

The reader should realize that experiments presented in
this work were performed only once. We assumed that our
results were correct because they were comparable to Hughes
(1995) results, and we could reproduce the experiments very
accurately by numerical simulations. However a repeatability
test should be performed on these experiments to achieve a
higher certainty of the conclusions presented here.

Conclusions
The results of the combined experimental and the simulation
study show:

1.Areas with lower permeability and porosity can be
identified and used in numerical simulation.

2. Thin fractures systems showed more stable fronts and
slower breakthrough compared to wide fracture systems.

3. Capillary pressure has more effect when the fractures
are narrow.

4. Larger recoveries can be obtained when the fractures are
wider.

5. Assuming zero capillary pressure in the fracture is
incorrect.

6. X-type relative permeability curves can be used for
fractured systems using high resistance through fractures, but
relative permeability is not equal to phase saturation.
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Nomenclature
CT = CT scanner number
  S  = saturation
  φ  = porosity

Subscripts
  a = air
aw = air and water saturated
cd  = dry core
cw = 100% water saturated
ow = oil and water saturated
  w = water
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TABLE 1. RATES AND TIMING FOR THE CORE WITH NARROW FRACTURE

_Fluid Injected_
Time

_    (hrs)    _
Flow Rate

_(cm3/min)_ _  Ports  _
Water  0.0 -  4.0 2.0 Top and bottom closed,

lateral open.
Water  4.0 -  5.0 2.0 Top and bottom open,

lateral closed.
Water  5.0 - 19.8 0.5 Top and bottom open,

lateral closed.
Water 19.8 - 23.0 2.0 Top and bottom closed,

lateral open.
Decane 23.0 - 27.0 2.0 Top and bottom closed,

lateral open.
Decane 27.0 - 28.0 2.0 Top and bottom open,

lateral closed.
Decane 28.0 - 44.7 1.0 Top and bottom open,

lateral closed.
Water 44.7 - 46.0  9.99 Top and bottom closed,

lateral open.
46 Shut down everything

TABLE 2. RATES AND TIMING FOR THE CORE WITH WIDE FRACTURE

_Fluid Injected_
Time

_    (hrs)    _
Flow Rate

_(cm3/min)_ _  Ports  _
Water  0.0 -  5.0 2.0 Top and bottom closed,

lateral open.
 5.0 - 21.0 0.0 Top and bottom closed,

lateral closed.
Water 21.0 - 22.5 2.0 Top and bottom open,

lateral closed.
Water 22.5 - 25.6 2.0 Top open, bottom closed,

and lateral closed.
25.6 - 45.0 0.0 Top and bottom closed,

lateral closed.
Decane 45.0 - 48.0 2.0 Top and bottom closed,

lateral open.
Decane 48.0 - 49.2 4.0 Top and bottom closed,

lateral open.
Decane 49.2 - 51.0 4.0 Top and bottom open,

lateral closed.
51.0 - 52.0 0.0 Top and bottom closed,

lateral closed.
Water 52.0 - 54.3 4.0 Top and bottom closed,

lateral open.
Water 54.3 - 68.8 0.5 Top and bottom closed,

lateral open.
Water 68.8 - 71.0 4.0 Top and bottom open,

lateral closed.
71 Shut down everything
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Fig. 5- Porosity distribution for the experimental system.

Fig. 6- CT Saturation images for the thin fracture system after 1 hr 30 min of water injection (0.67 PV.)

Fig. 7- CT Saturation images for the wide fracture system after 1 hr 30 min of water injection (0.67 PV.)
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Fig. 8- CT Saturation images for the narrow fracture system after 2 hr 30 min of oil injection (1.13 PV.)

Fig. 9- CT Saturation images for the wide fracture system after 2 hr 30 min of oil injection (1.13 PV.)

Fig. 10- CT Saturation images for the wide fracture system after 16 hours of water injection (7.2 PV.)
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Fig. 11- CT Saturation images for the wide fracture system after 17 hours of water injection (7.7 PV.)

Fig. 12- 3-D Reconstruction for both systems for water injection.
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Fig. 13- 3-D Reconstruction for both systems for oil injection.

Fig. 14- Capillary pressure curves and relative permeability curves for the fracture.
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Narrow Wide

Fig. 15- Comparison between experiments and numerical simulations for narrow and wide fracture systems for different PV
of water injection.
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Fig. 16- Comparison between experiments and numerical simulations for narrow and wide fracture systems for different PV
of water injection.
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Abstract
A systematic investigation of capillary pressure, relative
permeability, and fluid flow characteristics within diatomite (a
high porosity, low permeability, siliceous rock) is reported.
Using an X-ray computerized tomography (CT) scanner, and a
specially constructed imbibition cell, we study spontaneous
cocurrent water imbibition into diatomite samples at various
initial water saturations. Air-water and oil-water systems are
used.  Despite a marked difference in rock properties between
diatomite and sandstone, including permeability and porosity,
we find similar trends in saturation profiles and dimensionless
weight gain versus time functions. Diatomite is roughly 100
times less permeable than sandstone, yet it imbibes water at
rates rivaling sandstone. Importantly, the spontaneous
imbibition data when combined with CT-scan images provides
a means to determine dynamic relative permeability and
capillary pressure functions.

Introduction:
Spontaneous imbibition is perhaps the most important
phenomenon in oil recovery from fractured reservoirs. In
imbibition, capillary suction draws wetting liquid into the rock
matrix. In fractured systems, the rate of mass transfer between
the rock matrix and fractures usually determines the oil
production 1,2.  Imbibition is also essential in evaluation of
rock wettability 3.  Because of strong capillary forces, the
smallest pore bodies next to the fracture are usually invaded
first. The rate of imbibition is a function of porous media and
fluid properties such as absolute and relative permeability,
viscosity, interfacial tension, and wettability4.  Most
experimental work on imbibition behavior has concentrated on
the scaling aspects of the process in order to estimate oil

recovery from reservoir matrix blocks that have shapes, and
sizes different from those of laboratory core samples4-6.

Two different approaches are used, typically, to model
imbibition behavior.  The first approach employs a sugar-cube
type matrix-fracture system proposed by Warren and Root1

where the communication occurs at the matrix-fracture
interface 2.  The second approach is based on a representative
elemental volume averaged fracture-matrix system6-8.  Both
approaches use empirically determined mass transfer
functions.

Kazemi et al.2 presented numerical and analytical solutions
of oil recovery using empirical, exponential transfer functions
based on the data given by Aronofsky et al. 9 and Mattax and
Kyte 10.  They proposed a shape factor that included the effect
of size, shape, and boundary conditions of the matrix.  Later,
this shape factor was generalized by Ma et al.11 to account for
the effect of viscosity ratio, sample shape, and boundary
conditions. The following equation was proposed:

t D = t
k

φ
σ

µ sLc
2 (1)

where

µs = µ wµnw (2)

The above scaling equation was used by Zhang et al. 4 who
report that ultimate oil recovery on a pore volume basis by
spontaneous imbibition in Berea sandstone cores is
approximately constant for systems with differing lengths,
viscosity ratios, and boundary conditions.

To date, much of the focus on imbibition has centered on
carbonaceous rocks as a result of the importance of the North
Sea Chalks 12-15, the West Texas Carbonates, and the Middle
Eastern Limestones.  An important, yet relatively unstudied,
low permeability, reservoir rock for which imbibition is
believed to be an important recovery mechanism is diatomite
16.  Imbibition phenomena are also important during steam
injection into diatomite because steam condenses upon
injection into a cool reservoir, and the hot condensate imbibes
into the formation.
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Diatomites are high porosity (>50%), low permeability
(0.1-10md)17 rocks of a hydrous form of silica or opal
composed of the remains of microscopic shells of diatoms,
which are single-celled aquatic plankton18. Diatomite reservoir
rock is assumed to be moderately to strongly water wet16.
Estimates of the original oil in place (OOIP) for diatomite
reservoirs in California range from 10 to 15 billion barrels19

and primary recovery has been estimated to be about 5% of the
OOIP20. Primary recovery is low despite hydraulically
fractured wells that improve injectivity and productivity.
Because of the high porosity, large initial oil saturation (35 to
70%), and large OOIP, the target for potential production is
high.

Multiphase flow in diatomite is assumed to be dominated
by capillary forces, but we lack a good understanding of fluid
flow and capillary pressure behavior in the rock matrix.
Compounding problems, there are only a few reported
capillary pressure curves 16 and little information on the extent
and rate of imbibition21.  The mechanisms of oil displacement
and trapping are unclear, but assumed to be similar to those in
sandstone.  However, rock morphology is very different 22.

This study presents basic core analysis data and
experimental results of spontaneous water imbibition in
diatomite and sandstone. A state of the art experimental
imbibition cell is employed along with computed tomography
(CT) scanning to quantify the saturation distribution along the
core.  It is found that the imbibition data scales according to
the equation proposed by Ma et al.11. The major focus of this
article is estimation of relative permeability and capillary
pressure from the experimental saturation data using a
nonlinear history-matching technique.

Experimental Details
Liquids
For water-air imbibition experiments, de-aerated water and air
were used, whereas for water-oil imbibition, n-decane and de-
aerated water were used.  Properties of the experimental fluids
are given in Table 1.

Porous Media
Diatomite cores were cut in a direction parallel to the bedding
plane from a block of outcrop diatomite sample (Grefco
Quarry, Lompoc, CA). This sample is fairly homogeneous, but
there are regions of higher density and correspondingly lower
porosity.  Figure 1 displays porosity images of the cores used
in this study. The procedure to obtain these images will be
presented, shortly. The average porosity of the samples was
slightly greater than 65% and porosity varied by about 2 to
4%.  The liquid permeability varied from 6 to 9 md. Table 2
lists exact values for each core. It should be noted that because
of the brittle nature of the diatomite, the cores were machined
instead of drilled using conventional core bits as described by
Schembre et al.21.  The lengths (3.45 in. or 8.763 cm) and
diameters (0.95 in. or 2.413 cm) of the cores were all close to
constant.  Cores were potted with epoxy in 1 inch (2.54 cm)

Plexiglas tubes.  Both ends are left open to enable cocurrent
imbibition.

Experimental Setup
The experimental setup is designed specifically for CT
measurements.  It consists of three main parts: (i) a potted
diatomite core inside a (ii) water jacket and (iii) a data
acquisition system based on a personal computer, as shown in
Figure 2.  Two end caps hold the imbibition cell in position
within the cylindrical water jacket. The end caps are machined
with spider-web-shaped fluid distribution grooves where the
end cap contacts the core. The entire assembly is placed inside
the CT gantry.  Fluid is circulated through the jacket to
maintain a constant temperature up to 90°C (194°F) using a
heating circulator bath. The experiments reported here were
conducted at 20 °C (68 °F). The main function of the water
jacket is to reduce effects of beam hardening.  Beam hardening
is the change of overall X-ray attenuation with distance into
the object.  It occurs when a polychromatic X-ray beam passes
through a material that preferentially absorbs lower energy
photons. The remaining beam becomes more and more
chromatic at higher energy levels and the beam becomes
“harder”.  The effects of this phenomenon are usually more
pronounced at the boundaries where there is a high density
contrast (i.e. air and core).

Three polyethylene lines (input, output, and bypass) allow
the imbibing fluid to enter the imbibition cell and the produced
fluid to exit the cell.  The bypass line is used to flush any non-
wetting fluid from the lines, thus allowing the imbibing fluid to
fill the inlet end plate and easily contact the core face. The
amount of water imbibed is found by measuring the weight
loss of the water reservoir using an electronic balance
connected to a personal computer.  The CT-Scanner used in
this study is a fourth generation Picker 1200-SX scanner
with 1200 fixed detectors.  It allows rapid scanning on a single
vertical volume section in the center of the core as a function
of time.  The acquisition time of one CT image is 3 seconds,
whereas the processing time is around 40 seconds.  The total
time of measurement is selected such that it is short enough to
capture accurately the position of the imbibition front, yet it is
large enough to provide necessary X-ray energy.  Table 3
gives CT scan parameters used in this study.

Imbibition Measurements
For water-air imbibition experiments, the core samples

were dried in a vacuum oven at approximately 70°C (158°F)
for 24 hours before starting the experiments.  After pressure
testing for leaks, the imbibition cell is placed into the water
jacket either horizontally or vertically and the jacket is filled
with water. All experiments reported here are in the horizontal
mode. Next, the setup is placed inside the gantry and
positioned such that the main scanning plane is at the center of
the core sample and there is nothing around the setup (i.e. the
patient couch is not in the scanning plane).  A reference dry
CT image is obtained using the parameters given in Table 3.
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The image covers the entire length of the core (e.g., Figure 1)
rather than conventional circular slices.

Operating in this fashion, rather than conventionally,
allows us to track accurately the position of the imbibition
front. Additionally, saturation measurement with CT is much
cheaper and faster than conventional techniques such as X-ray
absorption14,23. A final advantage is that continuous two
dimensional porosity and saturation maps are generated that
can be used to identify heterogeneity and non-uniform
displacement. Hence, no three-dimensional reconstruction is
necessary.

CT scans are taken during this period at prescribed time
intervals.  After a day of water imbibition into the initially air-
filled core, several pore volumes of de-aerated water are
injected using a positive displacement pump to ensure
complete saturation. A reference 100% water saturated CT
image is then captured. The core plug is then de-saturated to
an irreducible water saturation by pumping n-decane at a rate
of 1 ml/min.  Another CT image is taken to observe the water
saturation distribution at the end of this stage.  Water
imbibition is initiated and progress of imbibition monitored by
CT.  Three oil-water diatomite imbibition experiments with
nonzero initial water saturations are reported here.

  In order to observe the effect of zero initial water
saturation, another experiment was conducted.  This time the
air-filled core is imbibed with oil to 100% oil saturation, and
then imbibed with water following the same experimental
procedure for at least 14 days.

The porosity, φ,  and saturation, Sw, distributions in water-
air imbibition experiments were calculated using the following
set of equations:

φ =
CTwet − CTdry

CTwater − CTair
(3)

Sw =
CTobj − CTdry

CTwet − CTdry
(4)

where CT is the CT number in Hounsfield units. The
subscripts dry and wet refer CT numbers for air-filled and
water-filled cores, respectively, whereas water and air indicate
the CT numbers of pure water and air. The subscript obj
describes any CT number during the spontaneous imbibition
process.

A slightly different approach is taken for analysis of the
water-oil imbibition experiments because it is hard to obtain
100% oil and 100% water saturated images within the same
experiment. For experiments with nonzero initial water
saturation, the 100% water saturated image is used as the
reference  image in the following equation:

So =
CTobj − CTwet

φ CToil − CTwater( ) (5)

where φ is the independently measured porosity for a given
voxel.  However, for experiments with no initial water, the
reference is image is 100% oil saturated and thus the saturation
calculation equation has the following form:

Sw =
CTobj − CToil

φ CTwater − CToil( ) (6)

These equations are comparable and compatible with Eq. 4
in terms of accuracy, because the images obtained here are flat
and exhibit minimum beam hardening and nondetectable
positioning effects.

Results and Discussion
Water-Air Imbibition Experiments
A total of four experiments with core properties as reported in
Table 2 and the porosity field shown in Fig. 1 were conducted.
The permeability varies from 6.2 to 8.6 md., and the porosity,
as derived from CT, varies from 67 to 71%.  The differences
in permeability of the samples, although small, affect the
duration of imbibition. Using a 95% water saturation level as a
benchmark, an 18 hour difference is observed between
completion of the fastest and slowest imbibition experiments.

To confirm that results for diatomite reduce to a single
curve when scaled by porosity and permeability, dimensionless
weight gain versus dimensionless time, as given by Eq. 1, is
plotted in Figure 3.  Good agreement is achieved.  This
demonstrates that water-air imbibition in these diatomite
samples can be modeled using a single set of capillary pressure
and relative permeability curves.  For reference, Fig. 3 also
plots the results of imbibition in a roughly 800 md Berea
sandstone.

CT derived water saturation images at differing times for
each experiment are given in Figure 4.  Common to all tests,
flow is initially spherical about the inlet region.  It was noticed
that the duration and the extent of this regime is a function of
permeability.  That is, if the permeability of the system is
small, the spherical flow lasts longer. The most probable
reason for the occurrence of this flow regime was the inlet port
where a 1/8 inch line was connected to the spider-web-shaped
grooved end cap. Water contacted the core from a single point
rather than the whole bottom surface of the core plug.  We
minimized the duration and occurrence of this initial spherical
flow regime by placing filter paper between the core and the
end cap,  but this did not eliminate this problem completely.
Localized wettability alteration from epoxy fumes has also
been suggested, but this effect, if present, was probably most
significant near the sides of the samples.

After the end of the spherical flow period, the front
becomes flat and one dimensional displacement occurs.  The
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water saturation gradient across the displacement front is high
and the front expands and diffuses somewhat as it advances
along the core. There are essentially three regions in the core.
In the swept zone, the saturation of the displacing fluid (water)
is high, and very close to residual nonwetting phase saturation.
The displacement front is a transition zone that separates swept
and unswept regions. Downstream of the transition zone, the
saturation of the displaced fluid (air) is at its initial value.

Despite slight spreading of the front, the shape of the
transition zone changes little throughout the displacement until
the front approaches the end of the porous medium.  At this
point, the transition zone disappears as the end of the core fills
with water.  The time for arrival of the leading edge of the
front at the end of the core corresponds to the change in the
slope of the dimensionless weight gain curve as shown in Fig.
4.

Handy proposed that imbibition could be described by the
solution of either a diffusion-like equation or a frontal-advance
equation24. In the former, the diffusion coefficient is
proportional to the partial derivative of capillary pressure with
respect to water saturation and computed displacement fronts
are significantly diffuse. Whereas in the latter, the velocity of
the imbibed phase is proportional to the gradient of capillary
pressure with respect to distance, and fronts are assumed to be
sharp.  The experimental findings as observed in Fig. 4 suggest
that the correct idea for imbibition into dry, low permeability
porous media that are relatively short is more similar to frontal
advance. A relatively sharp front, rather than a diffuse one, is
observed in all experiments regardless of the level of
heterogeneity present.

Heterogeneity clearly affects the flatness of the front as
observed in cores 2 and 5.  A sharp front suggests that during
spontaneous imbibition, pores of all sizes fill simultaneously.
This implies that large pores are well interconnected to small
pores. This observation is consistent with the complex, small-
diameter pore network of diatomite22,25.  Thus, it is hard to fill
the very small pores selectively, leaving relatively large pores
unfilled.

A comparative imbibition experiment was conducted with
a Berea sandstone core to verify development of similar sharp
fronts.  The sample had a porosity slightly above 22% and the
permeability to water was around 800 md.  Following the same
experimental procedure, weight gain and CT images were
recorded throughout the experiment.  Relatively sharp fronts
similar to those detected in diatomite experiments were
observed as shown in Fig. 5. These observations are in
agreement with other recent experiments in Berea sandstone
where the position and shape of a water imbibition front were
tracked 26. The primary difference between diatomite and
sandstone results is that the water saturations are considerably
smaller at identical dimensionless time as observed in Fig. 4.
The water saturation at the end of the spontaneous imbibition
in the sandstone was 65%, compared to about 95% obtained in
diatomite experiments.  This suggests that the complex
structure and low permeability of diatomite actually aid the

spontaneous imbibition of water via capillary pressure into a
plug filled initially with air.

Modeling Imbibition Experiments
The CT images and weight gain data from spontaneous
imbibition experiments contain much useful information about
relative permeability and capillary pressure. We use a
nonlinear history-matching technique to model these
experiments and extract this information. The following
sections describe the methodology used to model diatomite
imbibition experiments. These techniques are also applicable
to analysis of the oil-water experiments to come.

The nonlinear history-matching performed here is standard.
A reservoir simulator (Eclipse, 1995) is coupled with an
optimization code. We apply global optimization based on
simulated annealing to minimize the following objective
function

Sij
experimental − Sij

model( )
j=1

M
∑

i =1

N
∑

2
(7)

where Sij are saturation values along the core. An initial guess
of relative permeability and capillary pressure data at specified
values of saturation is provided and Eq. (7)  is minimized.
More detail on the optimization methodology can be found
elsewhere27.

The grid used for water-air imbibition is one dimensional
with circular cross section and consists of 122 blocks in the
horizontal direction.  Two grid blocks at each end were
assigned high porosity and permeability to account for the
water reservoir and the spider-web-shaped end plugs. Constant
porosity and permeability along with varying porosity and
permeability fields were considered.

Figure 6 compares CT derived experimental saturation
histories with numerically estimated values for experiment 4
using the average porosity and permeability of each core. Solid
lines are experimental data, while dashed lines represent the
model data. For consistency with Fig. 3, lines are labeled in
units of dimensionless time. It should be noted that capillary
pressure and relative permeability curves were estimated
simultaneously. It can be observed that the one dimensional
numerical model fails to describe experimental results at the
inlet and outlet ends of the core.  The inlet end mismatch is
explained by the aforementioned spherical, nonlinear, flow
observed during the early times of the experiments.  A close
analysis of Fig. 6 reveals that this flow regime is effective for
dimensionless distances less then 0.10.  After this point, the
match between the numerical model and the experimental
results gets better, showing that the one dimensional flow
assumption is valid.

Figure 7 gives the relative permeability curves obtained
using the history-matching procedure.  Solid symbols refer to
data obtained assuming that porosity and permeability are
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homogeneous.  The computed relative permeability curves
feature typical water-wet rock characteristics such as the
crossover water saturation is greater than 50% and the end-
point water relative permeability is less than end-point gas
relative permeability. The estimated capillary pressure curve
shown in Fig. 8 is also of the same magnitude, yet somewhat
lower, than our limited experimental data. Measured data for
the air/water system were obtained with a Ruska porous plate
cell (model no. 1081-802) in the imbibition mode of capillary
pressure measurement. The maximum capillary pressure
measurable with this set up is roughly 480 kPa (4.8 atm).

We attempted to improve the analysis by incorporating
heterogeneity during history matching.  First, the local porosity
obtained from the CT measurements was used rather than
average values. Second,  the following empirical permeability
versus porosity relationship obtained from the average data
given in Table 2 is used to estimate the local permeability from
porosity:

 k = 1.161*101.286φ (8)

Using the above equation for each CT voxel, a permeability
map is generated from measured porosity information.
Porosities and permeabilities are down sized to 1-D by
arithmetically averaging the voxel data corresponding to each
of the 120 grid blocks.  Consequently, the history matching is
repeated.  The sum of the squares residual was less than the
homogeneous run and the matches improved. Figure 9
compares the model and experimental saturation histories for
the heterogeneous case. Again, solid lines are experimental
data, while dashed lines represent the model data.  A slight
improvement in the match apart from the inlet and outlet
matches can be observed. The relative permeability and
capillary pressure curves shown in Figs. 7 and 8 are more or
less the same as the homogeneous case.  Values obtained by
incorporating heterogeneity are given as open, unfilled
symbols.

Water-Oil Imbibition Experiments
A total of four experiments were conducted using the same
diatomite cores utilized in water-air imbibition experiments.
One experiment was conducted without initial water
saturation, whereas the others were conducted by starting at an
irreducible water saturation.  An additional experiment was
conducted utilizing core 3 to check the repeatability of the
results.

Similar to the water-air experiments, the data collected
during the experiments consisted of weight gain measurements
and CT scans. In general, the duration of the experiments were
much longer compared to water-air imbibition experiments.
This is expected because the water-n-decane interfacial tension
(51.4 mN/m) is lower than the water-air (72 mN/m) interfacial
tension, oil is more viscous than air and much harder to
displace, and with initial water saturation the imbibition

capillary forces should be less. For the zero initial water
saturation case, an initial spherical flow period followed by a
strong, relatively sharp displacement front similar to the fronts
observed in water-air imbibition experiments was noticed, as
shown in Fig. 10. A stabilized zone was also present with an
extent that is somewhat larger than the zone identified in the
water-air imbibition experiments. The displacement was not as
effective as the water-air case. Note that the water saturation at
dimensionless time equal to 5000 is around 73% compared to
an almost 95% water saturation for water-air imbibition.

For experiments with a nonzero initial water saturation, a
sharp, clear front is not observed as illustrated in Fig. 11.  In
this case, water saturation increases almost uniformly
throughout the entire core.  In this sense, the water-oil
imbibition results are diffuse and diffusion-like as compared to
the water-air case.  The oil saturation reached at the end of
spontaneous imbibition experiments varied between 20% to
27% as reported in Table 4.  This corresponds to oil recoveries
between 18% to 22%. These are in agreement with 8% to 20%
oil recovery reported in non-fractured diatomite core plugs by
Wendel et al. 16.  Figure 12 presents dimensionless imbibition
performance curves for all oil-water experiments. The shape of
curves for runs with initial water saturation are all similar,
within experimental error, indicating that a single set of
relative permeability and capillary pressure curves can
represent spontaneous imbibition for these experiments. Note,
that the core without initial water saturation displays
significantly better imbibition performance. Figure 12 also
shows that 18 to 22% recovery can be obtained within
reasonable time frames.

A comparative water-n-decane imbibition experiment was
conducted using the same Berea sandstone core as in the
water-air imbibition experiment.  Again, weight loss and CT
images were recorded throughout the experiment.  Figure 13
presents n-decane saturation images obtained at various times.
Similar to the experiments in diatomite, water imbibes into the
core without the development of a front despite different initial
water saturation and residual oil saturation values as given in
Table 4. The dimensionless weight gain curve for the
sandstone is plotted on Fig. 10. It shows that the imbibition
performance of the sandstone is somewhat below diatomite
because the sandstone curve lies to the right of the diatomite
curves.

Modeling Water-Oil Imbibition Experiments
The same grid system and procedure used for the water-air
case is used to history match the water-oil imbibition
experiments. Runs 3 and 4 are the furthest apart of the
experiments with initial water saturation, as shown in Fig. 12.
Hence, we choose to history match these results to test the
sensitivity of our procedure to input data. Figure 14 compares
CT derived experimental saturation histories with numerically
estimated profiles. Figure 14(a) presents experimental and
simulated saturation profiles for run 3 and  Fig. 14(b) gives the
same information for run 4. Again, capillary and relative
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permeability curves were estimated simultaneously for each
experiment. Heterogeneity was considered by assigning
averaged porosity and permeability data to individual grids as
described in conjunction with water-air imbibition. Reasonable
agreement in timing and saturation values is observed
indicating the reproduction of the essential physics of water
imbibition into partially water saturated cores.

Figure 15 gives the relative permeability data obtained for
each match. Good agreement is seen in shape, endpoint values,
and the crossover point for oil and water curves. As in the
water-air case, the relative permeability curves have the
characteristics of strongly water-wet media.

The capillary pressure curves found for these experiments
are given in Fig. 16. As in the case of oil-water relative
permeability, good agreement is found between the two
curves. Interestingly, the shape of these curves and the
magnitude of the capillary pressure differs substantially from
that found for the water-air case. In Fig. 8, the history-match,
air-water capillary pressure curve increases little as Sw

decreases, whereas in the oil-water system shown in Fig. 16,
the capillary pressure increases substantially between water
saturations of 0.65 and 0.45. Additionally, the magnitude of Pc

found at low water saturations in the oil-water system exceeds
that of Pc in the air-water system. For example, at Sw equal to
0.5 capillary pressure in the air-water system is roughly 200
kPa while in the oil-water system it is about 1600 kPa.
Previously measured curves for oil and water have displayed
maximum capillary pressures of roughly 600 kPa 16. We
expected the oil-water values to be lower than air-water values
because the surface tension of n-decane is 51 mN/m, while that
of water is 72 mN/m.

Conclusions
Spontaneous imbibition experiments were performed on core
plugs machined from an outcrop diatomite block.
Displacement of gas (air) or oil (n-decane) by water was
considered. The experiments were limited to spontaneous
cocurrent imbibition and were monitored with a CT scanner to
observe local saturation evolution. For comparison,
experiments were conducted using Berea sandstone. It was
observed that both water-air and water-oil imbibition results in
diatomite can be correlated with a single dimensionless
function. Moreover, it was noticed that imbibition fronts in the
absence of initial water saturation are sharp suggesting that
during spontaneous imbibition pores of all sizes fill
simultaneously. In turn, this implies that large pores are
interconnected to small pores in the complex network structure
of diatomite.

Relative permeability and capillary pressure information is
extracted from the experimental data. The evolution of local
water saturation was correctly reproduced in all cases.  For
both water-air and water-oil systems, relative permeability
curves display strongly water-wetting tendencies. Capillary
pressure curves for the water-air case agree  with available
experimental data.

Nomenclature
A = cross-sectional  area, L2

CTair = CT value of air, Hounsfield;
CTdry = CT value for the dry core, Hounsfield
CTobj = CT value of the image being processed,

Hounsfield
CToil  = CT value of oil, Hounsfield
CTwet = CT value for a fully water saturated core,

Hounsfield
CTwater = CT value of water, Hounsfield
g = gravitational acceleration, L/t2

h = height, L
J = objective function
k = permeability, L2

m = mass of water imbibed, M
Pc = capillary pressure, ML-1T-2

S = saturation, dimensionless
t = time, T
x = distance, L
ρ = density , mL-3

µ = viscosity, ML-1T-1

Φ = potential, ML-1T-2

φ = porosity, dimensionless
σ = interfacial tension, MT-2

subscripts:
r  = relative
w  = wetting
nw = nonwetting
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Table 1: Properties of experimental fluids.

ρ

(kg/m3)

µ

(mPa - s)

σ liquid- air

(mN/m)

CT #

(Hounsfield)

water 1000 1 72 0

decane 730 0.84 51.4 -283

air 1.2 0.0182 - -1000

Table 2: Diatomite permeability and porosity values.

Core Permeability, md Average porosity

1 6.2 0.67

2 6.6 0.68

3 8.6 0.71

4 6.65 0.71

Table 3. CT scan operating parameters.

CT scan time, sec 3

Current, ma 65

Voltage, kV 140

Voxel size, mm x mm x mm 0.5 x 0.5 x 10

Matrix size, voxels 512 x 512

Table 4.  Spontaneous imbibition end-point data, water-oil
system.

Sw initial, % Sor, % Recovery, %
1 0.0 23.9 73.36
2 55.79 21.74 18.51
3 56.05 25.7 22.21
4 58.70 26.6 20.52

Berea 37.0 28.0 35.0
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Fig. 1.—Porosity images of diatomite cores 1 (top) through five
(bottom).
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Fig. 2.—Schematic of the experimental setup.
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Fig. 3.—Dimensionless weight gain versus dimensionless time,
water/air imbibition.
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Fig. 4. –Water saturation distribution during water imbibition into
an initially air-filled core.  The top left series of images
corresponds to core 2, top right core 3, bottom left core 4, and
bottom right core 5.  In each series, the images correspond to
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dimensionless times of 5 (top), 15, 40, 65, 500, and 3000+.

Fig. 5.—Water saturation distribution along Berea sandstone
during water imbibition into an air-filled core. Images correspond
to dimensionless times of 200 (top), 500, 5000, 12,000+ (bottom).
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Fig. 6.—Comparison of experimental and model water saturation
profiles at various dimensionless times for water/air imbibition,
run 4. Homogeneous porosity and permeability is assumed.
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Fig. 7.—Relative permeability functions obtained from history
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0

100

200

300

400

500

0 0.2 0.4 0.6 0.8 1

measured
measured
history match, homogeneous
history match, heterogeneous

su
re

, P

c

 (
kP

a)

aqueous phase saturation, S
w

Fig. 8.—Capillary pressure functions obtained from history
matching water/air imbibition results compared to measured
imbibition capillary pressure.
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Fig. 9.—Comparison of experimental and model water saturation
profiles at various dimensionless times for water/air imbibition,
run 4. Heterogeneous porosity and permeability fields are
honored.
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Fig. 10.--Water saturation distribution along diatomite during
water imbibition into an oil-filled core. Images correspond to
dimensionless times of 0 (top), 5, 500, 1000, 5,000 (bottom).

Fig. 11.--Oil saturation distribution along diatomite during water
imbibition into a partially water saturated core. Images
correspond to  dimensionless times of 0 (top), 5, 50, 500, 5000
(bottom).
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Fig. 12.—Dimensionless weight gain versus dimensionless time,
water/oil imbibition.

saturatio

Fig. 13.—Oil saturation distribution along Berea sandstone during
water imbibition into a partially water saturated core. Images
correspond to dimensionless times of  5(top), 50, 500, 5000.
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1.4 SPONTANEOUS IMBIBITION CHARACTERISTICS OF DIATOMITE

(S. Akin, J.M. Schembre, S.K. Bhat, and A.R. Kovscek)

This paper was submitted to Journal of Petroleum Science and Engineering, May 1999.

Abstract
A systematic investigation of fluid flow characteristics within diatomite (a high porosity,

low permeability, siliceous rock) is reported. Using an X-ray computerized tomography (CT)
scanner, and a novel, CT-compatible imbibition cell, we study spontaneous cocurrent water
imbibition into diatomite samples. Air-water and oil-water systems are used and the initial water
saturation is variable. Mercury porosimetry and a scanning electron microscope (SEM) are
employed to describe diatomite pore structure and the rock framework. Diatomite exhibits a fine
pore structure and significant pore-level roughness relative to sandstone thereby aiding the flow
of imbibing water. Despite a marked difference in permeability and porosity as compared to
sandstone, we find similar trends in saturation profiles and dimensionless weight gain versus
time functions. Although diatomite is roughly 100 times less permeable than sandstone,
capillary forces result in a strong imbibition potential for water such that imbibition rates rival
and surpass those for sandstone

Introduction
Water imbibition is fundamental to both waterflood and steamdrive performance in low

permeability reservoir rocks such as diatomite and chalk.  In imbibition, wetting fluid is drawn
into rock by capillary suction and the non-wetting fluid is spontaneously expelled. The rate and
the extent of imbibition depend primarily on the capillary pressure versus water saturation
relationship for the rock, the initial water saturation of the rock, the relative permeability curves,
and the viscosity of the wetting and nonwetting phases. In turn, the capillary pressure
characteristics of a rock depend on factors such as permeability, pore structure, the pore-throat
to pore-body size ratio, wettability, and the interfacial tension between the resident and the
imbibing phase.

On the macroscopic scale, capillary imbibition forces determine, in part, how rapidly
and easily water is injected into a low permeability formation via a hydraulically fractured
injector. In naturally fractured systems with a high degree of interconnectedness, imbibition
forces must be strong for a waterflood to be successful.  If not, water will propagate through the
fracture network from injector to producer with little imbibition into the matrix and the
waterflood will fail. Capillary phenomena are equally important during steam injection into
diatomite or lower permeability sandstones.  Steam injection, especially at short times, is
accompanied by condensation and flow of the resulting hot water away from the injector.
Likewise, for  steam vapor to enter the matrix of a low permeability rock, a substantial capillary
entry pressure must be overcome.

Because of the importance of imbibition on oil recovery, it has been studied widely.
However, our knowledge of hydrocarbon recovery is less than complete and it is not yet
possible to generalize imbibition performance across rock types. Thus, it seems helpful to
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undertake a systematic study of fluid transport in diatomite; it appears that capillary driven flow
is relevant to reservoir flow processes. For diatomite, a clear understanding of the relationship
between pore structure, reservoir architecture, rock wettability, and oil recovery remains to be
developed. This is a monumental task and beyond the scope of this paper. Nevertheless, we
have begun by examining flow in clean, well-characterized rock samples. Our main focus is the
design of a novel CT monitorable imbibition cell and the study of multidimensional
spontaneous imbibition of water. We examine water-air and water-oil systems. Results are best
understood by considering jointly rock characteristics such as pore-size distribution, the
wetting-phase occupancy of pore space, and permeability.

Before describing our pore-level and core-level rock characterization procedures,
experimental imbibition apparatus, and results, we briefly discuss the mineralogy and
depositional environment of diatomite. Then theory regarding imbibition is reviewed to put
experimental results into context and simplify the discussion to follow.

Diatomite
Diatomite is a hydrous form of silica or opal composed of the depositional, consolidated

skeletal remains of colonies of unicellular aquatic plankton (Stosur and David 1971). Rock
color and texture bear resemblance to chalk, but diatomite contains virtually no carbonaceous
material.  The mineral composition is primarily biogenic silica, detritus, and shale. Depending
on depth and composition, the silica may exist as Opal-A, Opal-CT, or Brown Shale (Schwartz
1988). Generally, amorphous silica is found at the shallowest depths. Diatomite is characterized
by permeabilities ranging from about 0.1 to 10 mD that result from a complex small diameter
pore network. Curiously, this low permeability occurs with a very high porosity that varies from
35 to 65%. The permeability versus porosity relationship indicates that this rock is different
from sandstone in pore-level characteristics. Mechanically, it is described as brittle and friable
(Wendel et al. 1988; Chase and Dietrich 1989).  This aspect poses a problem when coring
samples for laboratory analysis.

In the San Joaquin Valley, California, diatomite is the uppermost productive member of
the Monterey formation. Initial oil saturations vary from 30 to 65% and total oil accumulations
in diatomite are estimated to be at least 10 to 12 billion barrels original oil in place (Ilderton et
al. 1996). Oil-bearing diatomite layers are interbedded among shale and mudstone layers
(Schwartz 1988). Individual layers vary in thickness from a few centimeters to several meters
and the gross thickness of these layers can exceed 330 m (1000 ft). The interbedding of
diatomaceous rock and shale resulted from cyclic/seasonal deposition of diatoms, mud, and silt
and the subsequent consolidation of diatom fragments and grains of mud/silt (Schwartz 1988).
Thus, the quality of diatomite varies from layer to layer and field to field. In some cases,
diatomite has a matrix that is almost entirely biogenic silica containing very little clay and is
probably water wet. In others, clay content can be relatively high and might contribute to
mixed-wettability of the rock. As described later, we choose to begin with and characterize
relatively clean diatomite.

In addition to natural fractures that may be cemented or uncemented, wells in diatomite
are hydraulically fractured to improve well productivity and injectivity. Induced fractures are
massive with heights on the order of 100 m and total lengths of roughly the same magnitude
(Ilderton et al. 1996). Such fractures are used for water (Patzek 1992) and steam injection
(Kovscek et al. 1996 a and b), as well as production.
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Imbibition
Spontaneous imbibition is perhaps the most important phenomenon in oil recovery from

fractured reservoirs.  For such reservoirs, the rate of mass transfer between the rock matrix and
fractures usually determines the oil production (Warren and Root 1963).  Imbibition is also
essential in evaluation of the rock wettability (Jadhunandan and Morrow 1991; Morrow et al.
1994).  For spontaneous imbibition, the main driving force is capillary suction.  Because of
strong capillary forces, the smallest pore bodies that are next to the interface are always invaded
first.  Usually, the displacement takes place at small but finite capillary numbers ( c.f., (Sahimi
1995)).

One of the earliest investigations of the dynamics of imbibition is provided by Handy
(1960) who examined the limit of capillary forces dominating over buoyancy and viscous
forces.  He notes that imbibition could be described by either a diffusion-like equation or a
frontal-advance equation, depending on assumptions. The main difference between the two is
that the diffusion-like equation predicts that the smallest pores fill first and the larger pores fill
later. The frontal advance equation assumes that pores of all size fill simultaneously because
large pores are well connected to small pores, and vice versa. Both developments predict that
the mass of water imbibed depends linearly on the square root of time. Since, the end of
imbibition was quite abrupt, which is contrary to the expected result for a diffusive type
process, Handy asserted that the frontal advance assumption more nearly described the true
process. Indeed, recent experiments where the position and shape of a co-current water
imbibition front in an initially dry Berea sandstone were tracked accurately using X-ray
computed tomography (CT) scanning indicate relatively steep and sharp fronts (Garg et al.
1996).

Upon assuming that water imbibes in a piston-like manner, gas viscosity is negligible,
capillary forces outweigh gravity forces, and the spatial gradient of capillary pressure is linear,
the mass of imbibed water is given by (Handy 1960)

m = ρwA
2PckφSw

µw

 
 
  

 
 
1/ 2

t1/ 2 (1)

In Eq. (1), m is the mass of water imbibed, ρw is the density of water, A is the cross-
sectional area, Pc is the capillary pressure, k is the permeability to water, φ is the porosity, Sw the
aqueous phase saturation, µw is the wetting-phase viscosity, and t is the time.  The linear relation
between the mass imbibed and the square root of time is apparent and the slope is proportional
to the square root of PckSw/µw. Thus, the larger is the product of capillary pressure and
permeability, the more rapid is spontaneous imbibition.

A great deal of experimental work on imbibition has concentrated on the scaling aspects
of the process in order to estimate oil recovery from reservoir matrix blocks that have shapes
and sizes different from those of laboratory core samples (Morrow et al. 1994; Zhang et al.
1996). Kazemi et al. (1989) presented numerical and analytical solutions of oil recovery using
empirical, exponential transfer functions based on the data given by Aronofsky et al. (1958) and
Mattax and Kyte (1962).  They proposed a shape factor that included the effect of size, shape,
and boundary conditions of the matrix.  More recently, this shape factor was generalized by Ma
et al. (1995) to account for the effect of viscosity ratio, sample shape, and boundary conditions.
They proposed a dimensionless time, tD,
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where k is absolute permeability, σ is interfacial tension, and Lc is a characteristic length.  The
geometric average of phase viscosity and the characteristic length are given by the following
equations:

µ µ µs w nw= (3)
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where Vb is the bulk volume of the rock sample, Ai is the area open to imbibition at the ith

direction, and lAi is the distance traveled by the imbibition front from the open surface to the no-
flow boundary.  The above scaling equation was used by Zhang et al. (1996) and they report
that ultimate oil recovery on a pore volume basis by spontaneous imbibition in Berea sandstone
cores is approximately constant for systems with differing lengths, viscosity ratios, and
boundary conditions.

Additional work in sandstones focused on closed form modeling of counter-current
imbibition in single and multidimensions to displace oil and air (Reis and Cil 1993; Cil and Reis
1996). The basic assumption in the models is that water imbibes in a piston-like manner.
Dimensionless time is taken as the time required for the imbibition front to reach the center of a
matrix block.

Imbibition in chalk rock systems has also been examined. Cuiec et al. (1994) found
experimentally that oil recovery by imbibition is rapid and efficient for strongly water-wetting
chalk. Reduction in interfacial tension (IFT) decreased the rate of imbibition, but ultimate oil
recovery increased with lower IFT.  This was attributed to the mobilization of oil ganglia.
Milter and Øxnevad (1996) evaluated the imbibition potential of different chalk facies and
linked imbibition performance to the rock framework and pore system. Chalk with significant
interconnected pore-wall roughness spontaneously imbibed large amounts of water. It was
hypothesized that surface recessions allowed the rock to maintain water wettability by retaining
water along pore walls.

Experimental Apparatus and Method
Our objectives are to obtain the change of average water saturation with time, the rate

of imbibition, and determine fluid displacement patterns for water imbibition into air-filled and
partially oil-saturated cores using CT scanning. We examine water-wet diatomite and, for
reference, Berea sandstone cores.

An imbibition cell was designed specifically for use in the CT scanner. Rather than scan
in a conventional mode where X-ray CT data is collected in cylindrical volume sections that are
normal to the central axis of the core, the entire length of the core is scanned as illustrated in
Fig. 1. Because we scan along the direction of flow, a single slice provides us with a picture of
the progress and saturation pattern of imbibition. Nonlinearity in flow behavior and the effect of
heterogenities are thereby easily gauged.  In conventional CT-scanning many rapid scans are
required to determine accurately the position and shape of displacement fronts. This change in
scan orientation required redesigning the coreholder assembly such that beam hardening and x-



46

shaped imaging artifacts caused by asymmetry in the shape of the scanning plane are
minimized.

An exploded view of the imbibition cell is shown in Fig. 2. The cell is constructed from
acrylic tubes. There are two separate chambers: the main chamber is the core holder and the
second is a water jacket of circular cross section that surrounds the core. Cores are potted inside
the acrylic tube with epoxy (Epoxy 907, Miller-Stephenson Chemical Co.). There is no fluid
exchange between the two chambers and the outer water-filled chamber allows for some
measure of temperature control. The core holder may be placed in either a horizontal or vertical
position.  The core holder has two end caps, shown schematically at the top and bottom of the
core, for fluids to flow in and out of the core holder. The endcap faces that meet the core
contain spider-web-shaped channels to distribute water evenly. The inlet cap is connected to a
water supply tank through a plastic tube. The inlet also contains a bypass line so that the endcap
can be filled quickly with water.  The weight of imbibed fluid is measured directly by means of
a balance and is recorded on a computer as shown in Fig.  1.

The circular, symmetric shape of the water jacket and the large mass density of water
minimize beam hardening effects and x-shaped artifacts. Beam hardening refers to the
differential adsorption of longer wavelength X-rays and leads to shadows around the periphery
of CT images. Artifacts can also be introduced if the cross-sectional shape of the object being
scanned is not symmetric about its central axis. The imbibition cell has an L-shaped mounting
bracket for bolting of the apparatus to a precision positioning system (Compumotor RP240,
Parker-Hannifin Corp). Hence, images obtained are flat and do not exhibit detectable
positioning errors.

Our CT-scanner is a Picker 1200 SX X-ray scanner with 1200 fixed detectors.  The
voxel dimension is    ( 0.5 mm by 0.5 mm by 5 mm), the tube current is 65 mA, and the energy
level of the radiation is 140 keV.  The porosity and aqueous-phase saturation fields are
measured on a single vertical volume section in the center of the core as a function of time.  The
acquisition time of one image is 3 seconds while the processing time is around 40 seconds.  The
total time of measurement is short enough to capture accurately the position of the front and
construct the saturation profiles along the core.

The experimental procedure depends slightly upon whether water/air or water/oil
imbibition is performed. The core is exposed to house vacuum and a temperature of 50 °C for at
least ten hours to ensure a “dry” core at the beginning of the experiment. Filter paper is placed
at the bottom of the core, the end caps placed on the core holder, and the core holder is placed
inside the water jacket and leveled. The purpose of the filter paper is to obtain a uniform
distribution of water at the bottom rock face. For water/air experiments, the core is placed in a
vertical position and water is introduced at the bottom of the core. For water/oil experiments,
the core is placed in a horizontal position such that the only driving force for oil production is
capillary pressure. Since, the core holder is surrounded by water during the CT experiments, a
leak test is performed by applying a slight gas pressure and checking that the pressure in the
core holder is maintained for a period of time. The water jacket is then filled with water and a
dry image of the core is taken to obtain the reference dry core CT values.
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Water-Air Experiments
For water/air imbibition, water is introduced to the open bottom face of the core and the

progress of imbibition is monitored with frequent CT scans. Since imbibition is spontaneous,
care is taken to maintain the water level even with the bottom of the core to minimize forced
imbibition. The Bond number ( =(ρw-ρair)gk/σ) for water/air displacement in diatomite is of
order 10-9 using representative values for water and air density, permeability, and water-air
surface tension (Tables 1 and 2). Hence, buoyancy forces are negligible relative to capillary
forces. This indicates that the vertical position of the core has no effect on water-air imbibition
results.

Once the imbibition begins, the weight of the water reservoir is recorded every 10
seconds. The amount of water imbibed is computed directly from the change of weight
measured in the tank containing the water as illustrated in Fig. 1. Scanning is performed every
50 seconds for about the first 30 minutes of imbibition. Afterward, the intervals between images
are longer since the change of saturation in the core becomes slower with time. Data acquisition
ceases when changes in weight are no longer observed. De-aerated water is pumped through the
core after imbibition to ensure that the core is completely filled with water.

Raw CT-number data is converted to a map of  porosity and the saturation profiles are
obtained by subtracting images of raw CT data .  Thus, in the case of the porosity

φ =
CTwet − CTdry

CTwater − CTair
(5)

where CT denotes the CT value for a voxel.  The subscript wet refers to a fully water saturated
core, obtained from a last scan performed after 12 hours or more of water imbibition and dry
refers to an air-filled core, obtained from scanning the core before the imbibition process starts.
The subscript water refers to the CT value for the water phase, and likewise air refers to the
value of the gas phase. It is important to note that CTwet corresponds to 100% water saturation.
The CT numbers for the water and air phases are listed in Table 1 along with other properties of
the experimental fluids.

To construct saturation profiles we use

Sw =
CTobj − CTdry

CTwet − CTdry
(6)

where CTobj is the CT value of the image being processed.

Water-Oil Experiments
The oil phase employed is n-decane and its properties are shown in Table 1. For

water/oil imbibition,  the dry core is prepared and filled with water as above. Then oil is
injected at a low rate using a liquid chromatography pump forcing water to drain. One
experiment is conducted with no initial water for more direct comparison with the water/air
case. The uptake of water by the core is again computed from the change in weight of the water
reservoir. In the water/oil system, the rate of change of the saturation is slower than in the
water/air case. Thus, CT scans are conducted at less frequent intervals and experiments take
much longer to complete.
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A slightly different approach is taken for analysis of the water-oil imbibition
experiments because it is hard to obtain 100% oil and 100% water saturated reference images
within the same experiment. For experiments with nonzero initial water saturation, the 100%
water saturated image is used as the reference  image in the following equation

So =
CTobj − CTwet

φ CToil − CTwater( ) (7)

where φ is the independently measured porosity for a given voxel and oil is the CT number of
the pure oil phase.  However, for experiments with no initial water, the reference is image is
100% oil saturated, and thus, the saturation calculation equation has the following form

Sw =
CTobj − CTsat

φ CTwater − CToil( ) (8)

where the subscript sat refers to a fully oil saturated core. These equations are comparable and
compatible with Eq. 6 in terms of accuracy, because the images obtained here are flat and
exhibit minimum beam hardening and undetectable positioning effects.

Rock Sample Characterization
Diatomite samples were obtained from the Grefco Quarry  (Lompoc, CA). They had no

initial oil or water saturation. The rock is consolidated, almost pure white indicating little silt or
mud, and some evidence of bedding planes is visible to the naked eye. The samples are from
outcrop or near surface formations; hence, silica is in the amorphous or opal-A state. We
characterize the rock with CT scanning to measure  porosity,  mercury porosimetry to establish
pore-size distribution and drainage capillary pressure curves, and with scanning electron
microscopy to view pore-scale features and roughness.

The largest scale at which we studied diatomite was a block roughly 30 cm by 30 cm by
12 cm. The dry block was placed in the CT scanner and the X-ray attentuation of vertical cross
sections measured at roughly 2 cm intervals along the length of the block. The contrast in CT
number across the sample was not large, only one hundred or so Hounsfields, indicating that
material properties do not vary drastically. For most purposes, the rock sample was relatively
homogeneous at this scale.

Next the rock was cut in a direction parallel to the bedding plane and shaped into
cylindrical cores with diameters of 2.5 cm and lengths of 9.5 cm. The diatomite block could not
be cored using conventional drilling and cutting methods because of its brittle and fragile
nature. A piece of the rock is cut by band saw to approximate dimensions. Then it is shaped
manually by fixing two circular 1 inch patterns to each end of the rough-cut core. These pieces
are used as guides in the shaping process with a file. Final shaping is achieved with sandpaper.
Cores are than potted into acrylic tubes using quick-set epoxy.

 Dry CT scans of these cores were taken. Then the cores were saturated with water and
porosity was calculated using Eq. 5. Figure 3 shows porosity maps of four such cores. The gray
shading of Fig. 3 is the porosity scale and it has a notably narrow range. The average porosity of
each of the samples used here was around 65-71%. The porosity images of cores 3 and 4 were
then converted to pixel-based porosity distributions to demonstrate the variation in porosity.
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Figure 4 presents the frequency of pixels with a given porosity. The standard deviation of each
distribution is about 1% and the distributions have an apparent log-normal shape. Point to point
porosity in each of these samples varies by roughly 4 to 6% about the mean.

The absolute air permeability of several samples was measured using a  permeameter
(Ruska Instrument Co. model 1101-801) at three different gas flow rates. The air permeability
versus flow rate data was then used to find the absolute permeability of the samples after
correcting for the Klinkenberg effect. The average permeability of the samples was 7.0 mD. For
reference, Berea sandstone (Cleveland Quarries, Amherst, OH) is also listed. The measured
permeability data is listed in Table 2.

Next, we performed mercury injection porosimetery to characterize pore-throat and
pore-body size distributions and capillary entry pressure for rock samples. For this purpose, we
used a porometer (Ruska Instrument Co. model  1051-801). The experiments were performed
using the guidelines listed in the operating manual of the porometer and two runs were
performed. The apparatus was vacuum evacuated before the start of each run. Then mercury
was injected into the sample at different pressures and the pressure versus volume of mercury
injected into the sample recorded. The maximum injection pressure possible with the porometer
was 850 psig, and it was assumed that this was sufficient to saturate the sample with mercury.

From the mercury intrusion data, the dimensionless capillary pressure curve in Fig. 5a
was generated.  The capillary pressure data does not exhibit a plateau once the initial capillary
entry pressure is overcome. This indicates that progressively smaller pore space is entered as the
mercury injection pressure is increased and the rock contains a variety of pore sizes. The
mercury intrusion data set was also used to generate pore-size distributions (Ritter and Drake
1945) resulting in the volume-based frequency of pore-throat sizes shown in Fig. 5b. It is true
that this type of approach does not take into account the connectivity of the rock and is an over
simplification of the porous medium, but it still has the capacity to give us an idea about the size
distribution. Since capillary entry pressure is controlled by pore throats, this method is more
accurate for pore-throat size than it is for pore-body size.  To guide the eyes, a log-normal curve
is plotted in Fig. 5b. Different symbols denote two runs with different rock samples. Good
reproducibility is found. The mean pore-throat size from this analysis is around 15 µm.

Next, we examined several different samples at the pore-level using scanning electron
microscopy (SEM). The samples were sputtered with a palladium-gold (Pd-Au) coating to make
the surfaces conducting. However, the thickness of the coating was quite thin such that all the
surface features of the samples are retained. Figure 6 compares pore-level features of Berea
sandstone and diatomite and partially explains the low permeability of diatomite relative to
sandstone. At 100X magnification, pore structure, sand grains, and possible flow paths in the
sandstone are evident in Fig. 6a. Sand grains are about 200 µm in size. To obtain the same level
of detail about grain size in diatomite, a magnification of 1190X was required as shown in Fig.
6b. Regions of diatomite that could be acting as pore bodies, range in size from 50 µm to 10
µm. The features that might be acting as pore throats have size in the range of 5 µm. In both
sandstone and diatomite samples, pore corners appear to be sharp indicating that both should
imbibe water well.

Another observation in this SEM study is that for most part there are few complete
intact diatoms. The size of diatom fragments is quite varied and the definition of pores from Fig.
6b would incorporate many fragments into a single pore. Consequently, the magnitude of pore-
wall roughness is large relative to throat or body size leading to ample pathways in addition to
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pore corners for wetting liquid during imbibition. By comparison, pore walls in the sandstone
are formed by single grains and pore-wall roughness is confined to relatively small recessions
on grain surfaces. Wetting liquid should flow primarily in pore corners and not along surface
roughness.

The SEM analysis also revealed regions of inhomogeneity with characteristic
dimension that greatly exceeds grain size. We identified one such inhomogeneity at a
magnification level of 25X in Fig. 7a. The length of the void is around 2.5 mm. The same
feature seen at a magnification of 500X in Fig. 7b shows that its width is around 20 µm and the
depth may be of the same order. The depth of the feature reveals the highly layered nature of the
rock. It is seen that in spite of this layered structure there is significant porosity within the
layers.  The frequency of such features encountered in these samples was not large.

Results, Water-Air Imbibition
First, we present and summarize weight gain as a function of time for water imbibition

into dry cores and then the corresponding CT-images are given. Recall that cores are in a
vertical position in these experiments. Data were converted into the weight of water imbibed as
a function of time in order to measure the rate of change of water saturation in the core.

Figure 8 shows dimensionless weight gain, wD, versus the dimensionless square root of
time for the Berea sandstone imbibition experiment.  Different sets of symbols indicate different
experiments. Time is computed according to Eq. (2) and weight is normalized by the product of
pore volume and water density. In this fashion, wD is proportional to the pore volume of
nonwetting phase ejected from the core. Discrepancy in the early time response is probably
explained by the filter paper at the bottom of the core.  If the filter paper does not saturate
rapidly and uniformly at the beginning of the imbibition process (td = 0) imbibition is retarded
initially. However, all experimental runs show a good reproducibility and later time response is
linear when plotted versus the square root of time.  Spontaneous imbibition ends when the water
front reaches the end of the core.  This time is practically the same for all three cases. These
initial experiments with Berea sandstone confirmed that our experimental approach was
adequate to collect the data required.

Imbibition in diatomite was considered next. Figure 8 also shows weight gain obtained
for the diatomite during two different experiments. Here, there is only slight deviation from
linearity in the initial stages of imbibition.  For later times, the response is linear with respect to
the square root of time. Interestingly, the water imbibition process is quite rapid despite the low
permeability of diatomite.  These diatomite samples imbibe water at rates that rival sandstone in
an absolute sense and exceed sandstone in a nondimensional sense.

CT images were also taken during the air/water imbibition process and the raw CT data
were converted into maps of aqueous phase saturation as a function of time using Eq. (6).
Strong capillary forces are evident in the saturation images for imbibition in diatomite displayed
in Fig. 9. In the images, black indicates no water and white indicates fully water saturated.
Nondimensional time is given below each image. The first saturation map shows that water
enters the core in the center, but it spreads laterally quite rapidly. The water front is sharp and
the displacement is piston like.  As the front progresses down the core it diffuses somewhat and
it reaches the end of the core at about tD = 25 (3600 s).  These saturation images correspond to
the lower diatomite curve in Fig.  8 that deviated from linearity at short time.  Figure 9 shows
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that the saturation front was not piston like until roughly tD = 0.62.  Hence, the deviation from
linearity results from the non-uniform displacement front.

A comparison of the absolute time necessary for spontaneous imbibition to be
completed in each type of rock,  confirms the weight gain results.  Diatomite takes about three
times longer than Berea sandstone.  It is important to recall that the pore volume of the
diatomite is about five times the pore volume of the Berea sandstone, whereas its permeability
is more than an order of magnitude less.

Results, Water-Oil Imbibition
Four experiments were conducted using the diatomite cores shown in Fig. 3.  One

experiment was conducted without initial water saturation, whereas the others were conducted
by starting at an irreducible water saturation.  In these experiments, the core is placed in a
horizontal position and oil recovery is by capillary imbibition forces only.

Similar to the water-air experiments, the data collected during the experiments
consisted of weight gain measurements and CT scans. In general, the duration of the
experiments was much longer compared to water-air imbibition experiments.  This is expected
because the water-n-decane interfacial tension (51.4 mN/m) is lower than the water-air (72
mN/m) interfacial tension; oil is more viscous than air and much harder to displace. Further,
with initial water saturation, the imbibition capillary forces should be less.  Figure 10 gives the
weight gain as a function of the square root of time.

For the zero initial water saturation case, an initial, short spherical flow period followed
by a strong, relatively sharp displacement front similar to the fronts observed in water-air
imbibition experiments was noticed, as shown in the saturation profiles of Fig. 11. Dark shading
corresponds to low water saturation. A stabilized zone was also present with an extent that is
somewhat larger than the zone identified in the water-air imbibition experiments. The
displacement was not as effective as the water-air case. Note that the water saturation at
dimensionless time equal to 500 is around 73% compared to an almost 95% water saturation for
water-air imbibition.

For experiments with a nonzero initial water saturation, a sharp, clear front is not
observed as illustrated by the CT-derived aqueous-phase saturation profiles shown in Fig. 12.
Here, water is introduced on the right side of the images, but water saturation increases almost
uniformly throughout the entire core.  In this sense, the water-oil imbibition results are diffuse
as compared to the water-air case. The oil saturation reached at the end of spontaneous
imbibition experiments varied between 20% to 27% as reported in Table 3.  This corresponds to
oil recoveries between 36% to 73% of the original oil in the cores. These figures are in
agreement with other data for non-fractured diatomite core plugs (Wendel et al. 1988).  Figure
10 presents dimensionless imbibition performance curves for all water-oil experiments. The
shape of curves for runs with initial water saturation are all similar, within experimental error,
indicating that a single set of relative permeability and capillary pressure curves can represent
spontaneous imbibition for these experiments. Note, that the core without initial water
saturation displays significantly better imbibition performance.

A comparative water-n-decane imbibition experiment was conducted using the same
Berea sandstone core as in the water-air imbibition experiment.  Again, the core is positioned
horizontally and weight loss and CT images were recorded throughout the experiment.  Figure
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13 presents n-decane saturation images obtained at various times.  Similar to the experiments in
diatomite, water imbibes into the core without the development of a front despite different
initial water saturation and residual oil saturation values as given in Table 3. The dimensionless
weight gain curve for the sandstone is plotted in Fig. 10. It shows that the imbibition
performance of the sandstone is somewhat below diatomite because the sandstone curve lies to
the right of the diatomite curves.

Discussion
The simple water displacing air experiments provide some insight into the pore-filling

processes and the capillary pressure characteristics of diatomite, whereas the water displacing
oil experiments illustrate the difficulty in oil recovery from diatomite. Taken together, the
contrast in results between water-air and water-oil systems provides insight into flow processes
in diatomite.

The simple water displacing air experiments teach us about the imbibition capillary
pressure characteristics of diatomite.  In Eq. (1), the rate of imbibition is proportional to the
square root of PckSw.  Denote this quantity as the imbibition potential, IP,  and take the ratio of
diatomite IP to sandstone IP :

IPd

IPs
=

PckSw( )d

PckSw( )s

(9)

where the subscripts d and s refer to diatomite and sandstone, respectively.  Next, we take
average values of the slope of weight gain versus the square root of time in Fig. 8 and
dimensionalize the results.  The ratio given in Eq. (9) is 2.4 indicating the strong tendency of
diatomite to imbibe water.  From Fig. 9, we judge that the water saturation upstream of the
saturation front is about 1.  So, the ratio of saturations in Eq. (9) is about 1.  Next, we replace Pc

with the appropriate Leverett J-function (Leverett 1941):
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for water wet rocks.  In Eq. (10), σ is the air-water interfacial tension and J(Sw) is the Leverett J-
function.  Upon some rearrangement
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The first term in parentheses on the right is clearly less than 1 because diatomite is less
permeable than sandstone.  With typical sandstone (100 to 1000 md) and diatomite (0.1 to 10
md) permeabilities, kd/ks might range from 0.1 to 10-4.  Table 2 shows that the diatomite samples
are roughly 4 times as porous as the sandstone.  For Eq. (11) to be greater than 1, the ratio of
Leverett J functions for diatomite and sand, Jd/Js, must be greater than 1.  This explains, in part,
why the relatively impermeable diatomite imbibes strongly when the rock is initially filled with
air. Likewise, it explains why diatomite recoveries lay to the left of the sandstone curves in Fig.
8.
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In Figure 10, dimensionless water-oil imbibition results for diatomite also lay to the left
of the curve for sandstone. These results again indicate that the Leverett J function for diatomite
exceeds that of sandstone. Thus, employing Leverett J-functions for sands or sandstones to
diatomite and merely rescaling by (φ/k)1/2 to estimate capillary pressure results in significant
error for capillary dominated recovery.

Another interesting aspect of the water-air experiments is the very low trapped gas
saturation.  For instance, Fig.  9 at  tD = 25 (3600 s) shows water saturation in excess of 95%
shortly after breakthrough.  The strong capillary forces and the small pore throat to body aspect
ratio of diatomite suggests much snap-off and trapped gas.  However, for snap-off to occur, pore
corners and crevices must fill with wetting liquid and sufficient liquid for snap-off must
accumulate at pore throats before the pore is filled completely by the advancing imbibition
front.  We speculate that trapped gas saturation is low because the advancing front fills pores
with water at least as rapidly as pore corners fill with water. Indeed, recent pore-level network
modeling of imbibition shows that in the absence of flow in pore corners the displacement
pattern is a flat front with little or no trapping of the nonwetting phase (Blunt and Scher 1995).
In dynamic models of imbibition, snap-off is suppressed as the capillary number increases
(Mogensen and Stenby, 1998). Pores fill with wetting liquid by frontal advance in less time than
it takes for corners to swell with water and for snap-off to occur. Additionally, the low residual
gas saturation indicates that the frequency of dead-end pores is not high.

During spontaneous imbibition into air- or oil-filled diatomite where the initial oil
saturation is zero, pores of all sizes fill simultaneously as indicated by the CT-derived water
saturation images. The size of the frontal zone is small and the fraction of residual nonwetting
phase recovered large as compared to sandstone. In turn, this implies that large pores are well
connected to small pores and significant flow pathways for wetting fluid exist despite low
absolute permeability.  On the other hand, inhomogeneous regions, such as those illustrated in
Fig. 7, do not appear to play a significant role in the flow of imbibing water. This suggests that
under conditions of spontaneous imbibition in diatomite such regions are not well connected
and conducting of wetting fluid.

Pore shape and pore-level roughness are also important in determining spontaneous
imbibition characteristics. A significantly reduced capacity to imbibe would be found if pores
were smoother and had circular cross-section as opposed to angular and rough cross sections
(Milter and Øxnevard 1996). Thus, the comparison of pore structure in Fig. 6 explains partially
why diatomite imbibes, in a dimensionless sense, more rapidly than sandstone. These
observations are consistent with the complex, small-diameter pore network of diatomite noted
above and elsewhere (Fassihi et al. 1982).  It is hard to fill the very small pores selectively,
leaving relatively large pores unfilled.

The oil-water imbibition results in Fig. 10 display a square-root of time character, but it
is not as strong as that found for the air-water results. In all water-oil cases, the initial response
is nonlinear with respect to the square root of time over a significant period. Oil is dense and
viscous compared to air and resists being set into motion by the imbibing water; thus, the rate of
weight gain is slow initially until capillarity dominates the displacement. Examining the curve
for diatomite without initial water, the slope of the wD versus tD

1/2 curve steadily increases until
becoming linear at approximately tD

1/2 = 9. Thereafter, linearity with respect to tD
1/2 is

maintained. The weight gain curves for cases with initial water appear to display three flow
regimes. For diatomite with initial water saturation, the initial period lasts up to about tD

1/2

equal to 9, whereas for sandstone the duration is to tD
1/2 equal to 15. In both diatomite and
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sandstone, a sensibly linear region follows that corresponds to capillarity dominated imbibition.
Next, beginning at about tD

1/2 equal to 21 for diatomite and tD
1/2 equal to 22 for sandstone, the

rate of weight gain decreases signaling a slow approach to final saturation distributions.

Table 3 summarizes results for water-oil imbibition and displays an expected result for
water-wet rocks. When the core initially contains water, the larger the initial water saturation, as
in case 4 for diatomite, the larger the residual oil saturation and the less the ultimate recovery of
the initial oil in place. With increased initial water saturation comes lesser imbibition forces,
and the increased likelihood of snap-off and creation of residual oil. Despite low permeability,
these diatomite samples imbibe water prolifically because the pore structure and pore roughness
provide many water pathways.

Future Work
We believe that the imbibition cell described here provides us with an important new

tool for exploring fluid flow in low-permeability porous media during imbibition. A portion of
our future work will concentrate on understanding how fluid flow in reservoir samples of
diatomite differs from the results presented here for outcrop rock. Reservoir rock can contain
significantly more clay and adsorbed organic material that possibly alters imbibition
performance. Importantly, we are pursuing a matching procedure to extract capillary pressure
and relative permeability information from spontaneous imbibition experiments.

Conclusions
An experimental apparatus and method to collect data and CT images during

spontaneous imbibition of water into low-permeability porous media was designed and tested.
The novel coreholder permits imaging of the entire length of a core with a single scan incurring
little or no CT artifacts. Several tests were performed on Berea sandstone and diatomite samples
machined from a block of outcrop material. These tests confirmed the repeatability of the
method.

CT imaging of the imbibition process permits observation of the advance of the water
front into the cores and explains the observed trends in weight gain as a function of time.
Porous media with little initial water saturation show a homogeneous and piston-like water front
during the imbibition process, whereas at large initial water saturation no discernable front is
found.  In impermeable diatomite, capillary forces result in a strong imbibition potential for
water such that imbibition rates rival, in an absolute sense, and surpass, in a dimensionless
sense, those for sandstone.

From spontaneous imbibition tests, we conclude that although the pore structure of
diatomite is complex, flow pathways are well connected as evidenced by rapid imbibition of
water into air-filled pores and low residual phase saturations following imbibition. Secondly,
the Leverett J-function for diatomite exceeds that for sands and sandstones. Employing Leverett
J-functions for sands or sandstones to diatomite and merely rescaling by appropriate values of
porosity and permeability results in significant error. Finally, for water-oil imbibition where the
initial water saturation is nonzero, oil production scales with the square root of time over a
relatively narrow range of time, as compared to water-air imbibition.



55

Nomenclature
A = cross-sectional area

CT = CT number
J(Sw) = Leverett J-function, dimensionless

k = permeability
Lc =characteristic length
m = mass of water imbibed
ρw = water density
Sw = water saturation
Pc = capillary pressure

t = time
φ = porosity, dimensionless
σ = interfacial tension
µ = viscosity
V = volume
w = weight gain

Subscripts
air = CT value of air phase

b = bulk
d = diatomite or dimensionless

dry = CT value for the dry core
nw = nonwetting
obj = CT value of the image being processed
oil = CT value of oil phase

s = sandstone
sat = CT value for a fully oil-saturated core

w = wetting
water = CT value of water phase

wet = CT value for a fully water-saturated core
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Figure 3.  Porosity images of diatomite cores 1 (top) through 4 (bottom).
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                                                                 Figures 4(a) and 4(b).



62



63



64



65



66



67



68



69



70



71

1.5 STATISTICAL NETWORK THEORY OF SILICA DEPOSITION AND
DISSOLUTION IN DIATOMITE

(S.K. Bhat and A.R. Kovscek)
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Statistical Network Theory of Silica Deposition and Dissolution in Diatomite

by

S.K. Bhat and A.R. Kovscek

ABSTRACT

One area of concern accompanying steam injection into siliceous diatomite is the evolution
of permeability and porosity as silica dissolves in hot steam condensate and is redistributed on
rock surfaces as condensate cools. We employ a network model to gauge how evolving pore
topology affects permeability and porosity. The model is anchored to real rock through
measured pore-throat and pore-body size distributions. Macroscopic trends are correlated in
terms of network connectivity and pore body to throat aspect ratio.

When porosity change from 0 to 10% is examined closely, it is found that permeability
decrease correlates with porosity decrease according to a power-law expression with power-law
exponents in the range of 8 to 9. Such a power-law dependence has been measured previously

by experiment1. These values confirm the strong dependence of permeability on deposited
silica. The dissolution process displays an equally strong dependence on porosity change, and
again, permeability increases most dramatically for dissolution in networks with small values of
connectivity and large values of the pore-body to pore-throat aspect ratio. Power-law
expressions adequately describe permeability increase as a function of porosity for a moderate
range of dissolution.

INTRODUCTION

Steam drive with careful control of injection pressure can be an efficient technique for heavy
and light oil recovery from tight, siliceous reservoirs such as the South Belridge and Cymric
diatomite (Kern Co, CA). 2-7  These reservoirs have permeability ranging from 0.01 md to 10
md, and porosity that ranges from 38 to 65% 8, 9. The low permeability results from extremely
small-sized pore throats usually, 1 to 10 µm in diameter.

Steam injection into diatomite is not without complications. One factor is the solubility of
diatomite in hot water. Diatomite is a hydrous form of silica or opal composed of microscopic
shells of diatoms which are the remains of single-celled microscopic aquatic plankton. During
steam injection, diatomite, which is principally silica (SiO2) containing very little clay or silt,8

can dissolve in hot aqueous condensate. This dissolved silica is carried forward by the flowing
condensate. As the condensate travels away from the injector, it cools and the dissolved silica
precipitates. Experiments1 with injection of hot, silica-laden water into cooled cores suggest
that silica deposition in diatomite leads to plugging. Later, the deposited silica may again
dissolve if the local temperature increases. This process causes permeability redistribution
within the reservoir, which is already relatively impermeable. Similarly, silica dissolution might
increase permeability around the injection wells, thereby improving injectivity.

Silica deposition could also be a concern for waterflood operations. In the San Joaquin
Valley, diatomaceous reservoirs underlie permeable sands containing heavy oil.8  This heavy oil
is recovered by steam injection. Produced hot condensate from the heavy-oil recovery
operations could be reinjected in the diatomites. These waters are frequently laden with silica
that might precipitate when contacting the cooler diatomaceous reservoirs.
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Prior work on the effects of dissolution and precipitation of solids within porous media, as
they relate to the recovery of oil, has focused mainly on acidizing sandstones and carbonates.10

Here, a quantity of acid is injected into the porous medium with the intent of dissolving a
portion of the rock matrix around a well, thereby improving the flow of oil into the well. In
early studies,11,12 the porous medium was modeled as a bundle of capillary tubes and the
change in the pore-size distribution computed as a function of time. It was predicted that the
dissolution process takes place almost uniformly, and the permeability ratio (current upon initial
permeability) increases with the square of the porosity ratio.11

On the other hand, acidizing carbonate rocks results in selective dissolution and the
formation of channels or "wormholes". To understand wormhole growth and the onset of a rapid
increase in permeability, Hoefner and Fogler13 used a regular two-dimensional network with a
representative distribution of pore sizes to simulate flow, reaction, and dissolution of the solid
matrix. As the dissolution rate relative to the advection rate (i.e., the Damkohler number)
decreased, channeling became more prevalent.  Experiments in 4-inch-long carbonate cores
provided qualitative confirmation of network predictions.

Daccord et al. 14 presented a "phase diagram" for classifying the different reactive flow
regimes by defining and plotting a dimensionless kinetic number versus Peclet number (i.e., the
characteristic time for diffusion upon that for convection). Forced convection, diffusion, and
surface reaction were the only phenomena considered. For low values of the Peclet number,
they found that processes are limited by convection of reactants, not reaction rates.

More recently, Bekri et al. 15 proposed a scheme whereby flow is computed in a given fixed
geometry (e.g., a plane channel with a grooved wall or cubic arrays of spheres). Then
convective-diffusive equations are solved in order to obtain the flux of dissolved material and
the evolution of the fluid-solid interface.  For the channel geometries examined, normalized
permeability versus porosity plots display power-law relationships with power-law exponents of
roughly 3. Over most parameter ranges, these exponents were independent of transport and
kinetic rates. Permeability evolved in the arrays of cubic spheres in a semi-log fashion. In the
case where both the convection and dissolution rates are large, dissolution on the upstream side
of the sphere is computed to be more rapid than on the downstream portion. This leads sphere
shapes to evolve asymmetrically. For reaction-limited cases, dissolution of the solid surface
occurs uniformly. When convection is dominant and convection rates large, wormholing occurs
along the preferential paths of the convecting fluid. Investigations on a Menger sponge showed
that similar conclusions apply to more complex geometries.

For the flow and capture of particulates from suspension, and the ensuing permeability
decrease of a porous medium, Sharma and Yortsos16 propose an effective medium theory
incorporating population balances for the various size particles and pore throats. Particulates
such as clays or emulsions may have dimensions greater or smaller than pore dimensions.
Particles that exceed pore throat dimensions are trapped by the pore throat, while particles that
are significantly smaller than pore throats deposit uniformly over pore bodies. They illustrate
the model using deep-bed filtration and fines migration examples.17,18  As expected, pore-size
distribution and coordination number are important parameters for the theory.

Motivated by deposition and clogging of porous media by salts precipitated during the
reinjection of water into geothermal fields, Salles et al.19 studied pore geometries and
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configurations similar to Ref. 15 using a random-walk method. Note that the work of Salles et
al. preceded that of Bekri et al.  For arrays of cubic spheres, permeability versus porosity
decreased in a roughly semi-logarithmic fashion as solids deposited. For low flow rates,
deposits are equally distributed on upstream and downstream sides of the sphere. At very large
flow rates, most deposition occurs on the upstream side of the sphere.

Grain consolidation and cementing is also a deposition process, and permeability and
porosity decrease accordingly. Such diagenetic processes have been examined using percolation
models. For example, Wong et al.20 employed two- and three-dimensional networks of pore
throats and bodies. Throats were modeled as cylindrical tubes. At random, a throat was selected
and its radius reduced by a constant factor and the new permeability (network conductivity) and
porosity calculated. Then, another throat was selected at random and the process repeated.
Network permeability was calculated to decrease with porosity in a power-law fashion. The
power-law exponent depends on the dimensionality of the network and the factor used to reduce
throat radii. In two dimensions the power-law exponent ranged from roughly 2.6 to 5.4, whereas
in three dimensions it varied between 2.5 and 4.7. They also concluded that network
permeability depends on the distribution of tube radii. These results were in qualitative
agreement with measurements using fused glass beads. Also in work related to grain
consolidation, single-phase permeability as a function of the degree of cementation of North Sea
sandstones was predicted using a physically based modification of the Carmen-Kozeny

equation21. It was found that pore-bridging clays more strongly reduce permeability than do
pore-lining or pore-filling clays. A detailed understanding of pore-size distribution and its
variation and skewness are necessary to the theory.

Permeability-damage experiments in diatomite have also displayed a power-law dependence
for reduction in permeability as the initial porosity fills with deposited solids. However, for
diatomite, the experimental data fit a power-law with an exponent of 9 1. This is much larger
than any power-law exponent reported above. The small grain size and small pore throat sizes,
as evidenced by low permeability, apparently require only a small amount of solid to be
precipitated to reduce effectively fluid mobility. The dissolution process was not studied, but,
presumably, the increase in permeability as diatomite dissolves could be similarly drastic. In
closing this introductory review, we note that there is much additional work on chemical
dissolution, migration of fines, flow of stable emulsions in porous media, and plugging of
catalyst pellets. Sahimi et al.22 provide an extensive review up to 1990.

To interpret changes in permeability and porosity of low-permeability siliceous rocks
undergoing diagenesis and to explain the large experimentally determined power-law
dependence, we develop a simple network model and incorporate evolving pore shapes. The
porous medium is represented by a network of known properties, and percolation theory used to
predict the effects of dissolution and deposition on permeability and porosity of the porous
medium. We consider only the flow of liquid water. Changes in permeability are correlated with
changes in conductivity of the network, and the amount of silica deposited is related to available
porosity of the lattice at any stage of deposition or dissolution. Our networks are anchored to
real porous media through pore-throat and pore-body distributions as well as pore body to throat
aspect ratios garnered from outcrop diatomite samples. Before proceeding to describe the
network model and the determination of model parameters, it is useful to establish briefly the
relative ordering of reaction and transport times for silica in diatomite.
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REACTION AND TRANSPORT SCALING

We are most interested in the evolution of permeability and porosity relatively deep in the
formation and not the near wellbore region. For representative flow, reaction, and diffusion
rates, a local equilibrium assumption for silica is appropriate under expected conditions. To
achieve local equilibrium, the fluid convection rate must be slow and reaction rates large
enough that the aqueous phase at a given temperature saturates with dissolved silica. The
Damkohler number, Da, the ratio of characteristic fluid convection to reaction times, resulting
from a one-dimensional silica mass balance with constant aqueous phase velocity, and first-
order reaction kinetics is

u

l
Da

κ= (1)

where l is a characteristic length, u is the interstitial velocity, and κ  is the first-order rate
constant.23  The transition from kinetic-limited to convection-limited cases occurs when Da is
of order 1. When Da is 10, local equilibrium is achieved.24 For the case of interest, the
reservoirs are shallow, impermeable, and mechanically weak; hence, injection rates are low.6, 7

The magnitude of u is expected to vary between 1 E-6 and 1 E-5 m/s (0.1 to 1 m/d). For
deposition in diatomite, Koh et al.1 report rate constants ranging between 8.6 E-5 and 1.7E-3 s-1

for temperatures of 40 °C and 200 °C, respectively. Using Eq. (1), these numerical values, and a
characteristic length of 1 m, Da ranges from order 10 to 1000, indicating that local equilibrium
should be achieved in distances less than 1 m from the injection point. In a more extensive study
that examines both dissolution and deposition of silica via a coupled advection and reaction
model employing a variety of reaction-rate expressions, it is predicted that local chemical
equilibrium is achieved in as little as one day at a distance of 1.5 m from the liquid injection
point.23

The dimensionless group to assess whether equilibration is retarded by mass-transfer
resistance between dissolved silica at a pore wall and bulk fluid flowing through the pore space
is the Sherwood number,25

D

l
Sh MT

2Κ= (2)

where K is a mass transfer coefficient and D is the diffusivity. Hence, the characteristic time for
diffusion is  lMT

2 / D, whereas the characteristic time for mass-transfer is 1/K.  Also note that the
proper characteristic length for this mass-transfer problem, lMT, is the reciprocal of interfacial
area per unit volume, Av. Local equilibrium is maintained so long as the characteristic time for
advection, l / u, is much greater than the characteristic times for mass-transfer or diffusion.

The problem of silica mass-transfer resistance in diatomite is unstudied. However,
correlations developed for mass-transfer resistance in packed beds with porosities of 40 to 45%
vary from 1 for stagnant liquid to 1000 for large flow rates.26  The magnitude of the diffusivity
for solutes in liquid solvents25,26 is roughly 1 E-9 m2/s, while BET isotherms27 of diatomite
surface area measure Av to be about 180 m2/m3. These values put 1/K  between 3.1 E+4 and 31 s
for Sh equal to 1 and 1000, respectively. Similarly, the characteristic time for diffusion is 3.1
E+4 s, whereas the characteristic time for convection lies between  1 E+5 and 1 E+6 s for the
values of u given above and the l of 1 m identified by the Damkohler number analysis. In short,
convection times are at least an order of magnitude longer than the characteristic times for
diffusion and mass transfer. Local equilibrium of silica in aqueous solution should prevail inside
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the reservoir. These conclusions are supported by related studies of chemical reaction in porous
media. For instance, deZabala et al.28 developed a complex nonequilibrium theory that
accounts for kinetic and mass-transfer resistances during alkaline floods.  They found that even
in laboratory scale corefloods at high flow velocities, local equilibrium prevailed.

The relative rates of heat transfer also need to be examined to decide the conditions for local
equilibrium. An ordering analysis conducted elsewhere of the reservoir heating during a steam-
injection pilot found that thermal diffusivity (system thermal conductivity upon system
volumetric heat capacity) is at least an order of magnitude less than hydraulic diffusivity (total
phase mobility upon system compressibility).6,7  These results indicate that the primary
macroscopic mode for heat transfer during steam injection within diatomite reservoir layers is
convection as opposed to conduction. Conduction remains important for heat transfer between
swept and unswept volumes. As shown above, the characteristic time for reaction was
substantially less than that for convection. It follows that reaction rates are sufficiently fast to
equilibrate the silica concentration in solution as the aqueous-phase temperature changes.

Further, Yortsos and Satik29 developed a pore network model for steam injection in porous
media. Separate but coupled heat balances were solved for the solid matrix and fluids inside the
pore space. For low injection rates and representative values of a dimensionless heat transfer-
condensation group, they found that the solid is at or very near to thermal equilibrium with
liquid in the network pore space.

The picture that emerges for silica dissolution/deposition in diatomite is that a condition of
local chemical and thermal equilibrium prevails in the formation away from injection regions.
The silica solution concentration is thus set by the temperature and pH of the solution.
Dissolution or deposition takes place relatively uniformly. This is supported by previous
observations of uniform permeability change in diatomite with respect to time1 as opposed to
sudden large sudden increases that occur during the formation of wormholes or sudden large
decreases when plugging occurs simultaneously in pores of all sizes. Because flow rates are low
and ample time exists for reaction and diffusion, it appears unlikely that asymmetric evolution
of pore shape on either side of a pore throat or constriction happens to an appreciable extent.

NETWORK APPROXIMATION

This section describes our network approximation of porous media, the rationale for our
choice, and how pore throats and bodies are represented. Next, incorporation of silica
dissolution and precipitation into first a single-pore model and then the network is discussed. A
Bethe network is chosen to model the pore space and used to generate permeability versus
porosity relationships for silica redistribution in tight siliceous rocks. It is an endlessly
branching network characterized by the coordination number, Z, and distribution of pore sizes.
An advantage of the Bethe lattice is that analytical solutions are available for network
conductivity30. Bethe lattices have been used to understand two- and three-phase relative
permeabilities in porous media,31-34 among other applications.

Despite its lack of reconnections and the observation that an endlessly branching network
bears little apparent resemblance to three-dimensional pore structure, a Bethe network can
approximate some properties of a porous rock. The conductivity functions for a Bethe network
will be described in some detail shortly. First, however, consider typical network conductivity
results for Bethe networks and a cubic lattice.  Figure 1 presents normalized network
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conductivity (conductivity is analogous to permeability) versus the open fraction of throats (i.e.,
bonds) for Bethe networks with Z equal to 4, 5, and 6 and a simple cubic network where Z
equals 6. Cubic lattice results are from Ref. 35. The solid lines give the Bethe network result,
while the symbols are for various sized cubic networks.  Figure 1 demonstrates that the Bethe
network for Z equal to 5 is an excellent estimator of the conductivity of this three-dimensional
network. At low values of f, the Bethe network (Z = 5) does underestimate conductivity slightly.
This results from the lack of reconnections in the Bethe network. In the cubic lattice, some
loops or reconnections in the flow field are maintained even though the fraction of open throats
becomes small and approaches the percolation threshold. Hence, the simple cubic network
exhibits slightly greater conductivity as it approaches the percolation threshold.

Moreover, the Bethe network results for conductivity when Z equals 4 and 6 decrease and
increase, respectively, relative to the cubic lattice results as expected. For a fixed value of f,
greater connectivity leads to greater conductivity, and vice versa.  These observations are the
reason that Bethe lattices with coordination numbers from 4 to 6 were originally proposed as an
approximation to rock pore space.33,36,37  The Bethe network is a convenient tool for the
problem here of estimating the increase or decrease of the single-phase permeability of a porous
rock provided that the fraction of open throats does not approach too closely the percolation
threshold. Although networks more complicated than Bethe lattices are certainly possible, we
have little knowledge of diatomite pore structure beyond pore-size distribution and some notion
of grain size. Thus, a more complicated network is unwarranted at this stage.

Each pore within the network has some conductivity, g, and network conductivity is
governed by a distribution G(g) . The effective conductivity Geff for such a network is given by
the first derivative of a generating function C(x)) at the origin ,

)0(’ZCeffG −=  (3)

where Z is the coordination number of the Bethe lattice and the prime on C indicates
differentiation with respect to the variable x which parameterizes the network30.

The Laplace transform of the generating function satisfies the following recursive integral
equation:
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subject to the boundary condition, C(0) = 1.  For single-phase flow and in the absence of silica
diagenesis, all the throats of the network are available and f equals 1.0. This remains true for
dissolution. But in the case of deposition, some throats will clog, and hence f  decreases.
Various series approximations to Eq. (4) have been developed, and we use those of Heiba et
al.33, 37

Equation (4) requires a functional form for G(g) that represents correctly the porous medium
under investigation. Pores are characterized by a dimensionless throat radius  rt and their
frequency of occurrence )( trα .  Throat radius, rt, equals Rt / Rc, where Rc is a universal
characteristic dimension for the pore-size distribution.  Since f is the fraction of pores that are
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available for flow, G(g) can be represented, as38
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where g(rt) relates the size, rt, of a pore to its individual conductivity. The Dirac delta function,
δ, indicates that the clogged and inaccessible pores do not contribute to conductivity. The
accessibility of the network, XA,  accounts for the random distribution of throats in the network
that causes some nonclogged pores to be unavailable for flow because they are cut off from the
main mass of open pores by nonclogged pores. The value of Xi depends on the fraction of
throats that are clogged and the connectivity, Z, of the network. The term Xi defines the fraction
of the original throats that are not allowed to flow because they have been clogged during
deposition. For dissolution and single-phase flow, XA equals 1 and Xi equals 0.

For a Bethe lattice, the accessibility function of the network has been found analytically39. It
is related to the fraction of open throats by
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where fp is the percolation threshold, i.e., the minimum value of the allowable fraction of throats
below which no flow across the lattice occurs and f*  is the root of the following equation:

0)1()1( 22** =−−− −− ZZ ffff (7)

such that the root f * → 0 as f → 0  and f → 1. In our calculations to follow, we use the

series approximation to Eq. (7) provided by Larson and Davis36 as illustrated by Heiba37.
The effective pore volume of the network is
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where v is the volume of an individual pore. Evolving pore volume is described shortly.

The network model equations, Eqs. (3) to (8), are anchored to a real porous medium by a
two-step process.  (i) The form of )( trα  is based on measured pore-size distributions for
diatomite. Likewise, actual body-size distribution information is included. (ii) The functional
forms of g(rt) and v(rt) are developed analytically, using a single-pore model suggestive of
observed pore structure. These steps are described in detail in the following sections.

POROUS MEDIUM CHARACTERIZATION

A real porous medium is composed of pores of varying size with each pore characterized by
a large main body and a narrow throat. In turn, the porous medium is characterized by the sizes
of bodies and throats and their distributions. For the size distributions, we use a bivariate
gamma function,
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where a and b are parameters that characterize the distribution. The use of this function for
diatomite body and throat distributions is supported by experimental results and scanning
electron microscope (SEM) images40. Based on Eq. (9), we generate body- and throat-size
distributions as shown in Fig. 2 for diatomite. These distributions closely resemble our
experimental results40 where the average throat radius is 6 µm and the body radius is about 40
µm, and it follows that the average body to throat aspect ratio is 20/3. While developing our
single-pore model to follow, we also use the distribution  ),( bt rrα  where rb equals Rb /Rc, to
average over all possible body sizes that can be associated with a given throat size. This is the
constrained pore-size distribution, also shown in Fig. 2 as a dashed line marked with solid
circles. Physically, a throat must be connected to a body that is greater than or equal to throat
size:
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The properties we calculate from the network model are effective hydraulic conductivity and
available network volume, which are related to permeability and porosity, respectively. The
dimensionless effective hydraulic conductivity of a porous medium is inversely proportional to
pressure drop, ∆p , and scales as
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where q/Aφ  is the interstitial fluid velocity, µ is the fluid viscosity, and L is the length over

which ∆p  is measured. Substituting Darcy’s law for single-phase flow for q/A in Eq. (11) and
solving for permeability, we obtain

                                                                  effc GRk 2φ∝  (12)

where k is permeability and porosity is proportional to available network volume. Thus, the
permeability change at any stage based on these equations is related to original permeability and
pore volume, k0 and Veff,0 by the following relation:
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Similarly, porosity at any stage of diagenesis can be related to original porosity and network
parameters as
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Equations (13) and (14) relate network parameters to the porous medium at any stage in the
diagenetic process. Thus, given the mass of silica dissolved or precipitated and a model for how
that mass distributes inside pores, we obtain k and φ .
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SINGLE-PORE MODEL

To proceed, pore conductivity and volume need to be incorporated into the network. Every
pore in a porous medium has at least two distinct parameters, throat size and body size. We use
sinusoidal pores as shown in Fig. 3a that are constricted according to the following
dimensionless equation:
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where z is the distance along the axis, λ = R(z) / Rb, Rb is a characteristic pore-body dimension,
λ t = Rt / Rb is the pore throat to pore body aspect ratio Rt is pore-throat radius, ξ = L / Rb and L
is the pore wavelength. Sinusoidal pore shapes have been used frequently to understand
transport phenomena in porous media (e.g., Refs. 41-43).  Based on this representation of shape
for a single pore and restricting the cross section to be circular, we find the single-phase
conductivity and volume of a single pore analytically. We note that pore corners do not have a
major effect on single-phase conductivity calculations:

Single Pore Conductivity

Reynolds number for fluid flow in pores varies between 4 E-3 and 4 E-4 based on the
interstitial flow rates given previously, a pore dimension of 40 µm, and the viscosity (7.5 E-5
Pa-s) and density of liquid water44 (870 kg/m3) at 200°C. Hence, an assumption of creeping
flow is appropriate41,45 as is an approximation that the single-phase flow obeys the Hagen-
Poisuelle relation locally. In a sinusoidally constricted pore, the following equation results:
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where q is the volumetric flow rate through the pore. The dimensionless hydraulic conductivity,
g, for a single pore related to the pressure drop is

g =
qLµ
∆p
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These two equations are combined to yield
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Single-Pore Volume

Assuming circular cross section, we find the dimensionless volume of a single pore per unit
wavelength to be

( ) ( )323
8
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The single-pore model, Eqs. (18) and (19), takes into account both body-and throat sizes.
But the expressions for generating conductivity and volume distributions require that the single-
pore equations be in terms of a single characteristic dimension. We select the dimensionless
throat radius  because  the Bethe lattice  effective  conductivity, Eq. (3), is for the bond-
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percolation problem, and bonds are analogous to throats in a porous medium. Thus, Eqs. (18)
and (19) are modified to yield a form containing throat size only while retaining some
embedded body-size information.

Equations (18) and (19) are averaged over all possible body sizes associated with a given
throat size. If ),( btb rrα  is the frequency distribution of the dimensionless body radius, rb,
associated with a given dimensionless throat radius, rt, then the effective conductivity and
available volume associated with a throat size are approximated as
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PORE-EVOLUTION MODELS  

There are two distinct pore-evolution mechanisms that occur in diatomite during steam
drive. One is dissolution of the rock matrix and the other is precipitation of rock minerals. The
following subsections describe the models that we choose to approximate these aspects of
diagenesis. As our understanding of these processes in diatomite improves, these models will
naturally improve.

Dissolution

Silica dissolution has been studied widely in regard to alkaline waterflooding. For instance,
dissolution kinetics have been examined46,47 as well as the migration of alkali48. The evolution
of grain sizes and shapes during dissolution has also been studied via glass beadpacks49. On the
basis of observation of grain shapes and from assessing surface chemical potentials, it was
suggested that silica dissolution was most likely to occur uniformly along pore walls49.
Following these results and based upon the scaling arguments presented above, we dissolve
pore walls uniformly. Each pore in the network suffers the same amount of dissolution as shown
schematically in Fig. 3b.

We denote the dissolved thickness by t in dimensionless form, where normalization is by the
characteristic radius Rc .  Based on this thickness, the dimensions of a pore after dissolution can
be related to its original dimensions by

trr oldtnewt += ,, (22)

trr oldbnewb += ,, (23)

These single-pore equations are used to model the effect of dissolution at the network level. The
body- and throat size distributions are still given by the gamma distributions of Eq. (9). The
distribution parameter a is related to average size by

1−= ar (24)
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The new average radius can be related to the old average radius and the thickness by

trr oldnew += (25)

Note that Eqs. (22), (23), and (25) are in fact approximations, Uniform dissolution most likely
occurs normal to the pore wall. However, Eq. (24) is exact in as much as an average pore size
for a porous medium can be defined.

Based on Eqs. (24) and (25), the parameters for generating the body- or throat size
distributions are updated as

taa oldnew += (26)

Since dissolution of the network does not block any pore, the pores at any stage of dissolution
are always accessible to flow and XA for dissolution will always be 1.0.

Based on this approach, different stages of dissolution of the rock matrix are denoted by
different values of dimensionless thickness t. Then, the pore-size distributions are updated and
effective network conductivity and pore volume recalculated. Finally, the permeability and
porosity change associated with a particular t are found.

Deposition

We use two different deposition models as given in Fig. 4 to explore clogging of pores.
The first model, Fig. 4a, considers deposition to be a pore-lining process and the second
considers deposition to occur only at throats. Deposition at pore throats is indicated on Fig. 4b
by dark gray shading. In both models, deposition takes place in a series of steps. Each step in
the deposition sequence depends on the network condition in the previous step. At any stage of
deposition, the condition of the network is determined by the condition of the throats
constituting the network. Even though the radii change as deposition proceeds, we characterize
all throats of the network at any stage of deposition by their original radii, i.e., before the
process of deposition starts. The extent of deposition is given by the largest blocked throat with
initial size rti. The current size of this throat is zero. This implies that the frequency of a throat
with current radius rt is given by )( titt rr +α  when rt  has been clogged. We also define Xi as

( )∫=
tir

tti drrX
0
α (27)

This Xi defines the fraction of the original throats that are not allowed to the main flow due to
deposition. The fraction of throats that are allowed to flow is, 1 - Xi. All of these allowed pores
are not accessible to flow due to random connectivity of the network. Based on the current
value of 1 - Xi, we estimate the current accessible fraction of allowable pores of the network by
using Eq. (6). The fraction of completely blocked pores Xbl 38
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Determination of these parameters at any stage of deposition tells us the condition of our
network. A deposition step of tir∆  implies that the largest blocked throat in the network had a

radius between rti and  titi rr ∆+  prior to the start of deposition. First, we completely block

accessible throats with current radius between 0 and tir∆ . That is, pores with an original radius
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between rti and titi rr ∆+  fill with precipitate. We call this amount of precipitate deposited

volume Vr. Second, we deposit a layer of thickness tir∆  in all currently accessible pores with

current radius between tir∆  and infinity. We call this deposited volume Vr .

Volume Determination

To find the available pore volume at the stage titi rr ∆+  of deposition, we calculate V1, V2

and subtract their total from network volume at start of the deposition step. Thus,

( )21)()( VVrVrrV tiefftitieff +−=∆+ (29)

The deposition calculations start at rti  equal to 0, and we successively subtract from the base
volume as calculated in Eq. (8) with the original pore-size distribution. Formulas for V1 and V2

depend on where silica deposition occurs.

In calculating V1 and V2 for deposition occurring only at pore throats, we hold the body-size
distribution constant and change only the throat-size distribution. Thus, the current body sizes
are the same as the original body sizes. The volumes are calculated as,
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To find the volume change associated with a uniform deposition, we consider a single-pore
model and calculate the volume that is deposited by a uniform layer of thickness t :

( )trrttrrv tbtbdep −+= π),,( (32)

We then average Vdep over all possible body sizes to get volume change associated with a
throat for a given thickness. The expression is
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We use this equation to calculate the deposition occurring in all throats with current radii
ranging from 0 to ∞ .  Thus, for the uniform deposition case, the volume deposited is given by
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Conductivity Calculations

The effective conductivity of the network  is found by considering the three kinds of
throats in the network at any deposition stage rti. First, some throats have original size less than
rti and are currently blocked completely and so do not contribute towards network conductivity.
Second, some throats have original size greater than rti are accessible to flow and, hence,
contribute towards network conductivity. Last, there are throats that have original size between
0 to ∞ but are not accessible to flow due to random connectivity of the network and, thus, do
not contribute to flow. The conductivity distribution of the network is then computed according
to Eq. (5).

RESULTS

The models for deposition and dissolution were translated into the following algorithm to
gauge the effect of dissolution and precipitation on permeability. A base case with given
network connectivity, Z, average aspect ratio, tλ , pore-body distribution, and pore-throat
distribution is constructed. Next, we calculate the effective conductivity and available network
volume of the base case. We then update the pore-body and pore-throat distributions according
to the rules given above for a specified amount of silica precipitated or dissolved. The effective
conductivity and available volume of the network are recalculated. Finally, Eqs. (13) and (14)
are used to relate the conductivity and available volume changes to permeability and porosity
changes. Connectivity and aspect ratio are varied independently for new base cases, and the
process repeated.

In the case of uniform dissolution, Fig. 5 represents the permeability versus porosity
relationship for a body-to-throat aspect ratio of 20/3 and different values of coordination
number, Z. The plot has two distinct trends. First, the permeability increases rather dramatically
for all values of Z. An order of magnitude increase in permeability is predicted if the porosity
increases by 50%. Second, for a fixed value of porosity change, permeability increases most for
small Z. For Z equal to 3, the permeability has increased 40 times when 0/φφ  reaches 1.5. As Z
becomes larger, the effect is less. It is reasonable that permeability increases most sharply and
more severely for rocks with low connectivity as compared to rocks with high connectivity. The
role of an individual pore throat on permeability is accentuated in networks with small
connectivity.

Figure 6 displays similar dissolution calculations for the case of Z equal to 5 and variable
pore aspect ratio. The most dramatic increases in permeability occur for the most constricted
pores. When pore throats are small relative to pore bodies, a small amount of dissolution
dramatically increases permeability. Note that the least constricted pores display the smallest
amount of permeability increase relative to the base case.

Deposition results are similar to dissolution, except that the trends are reversed. Permeability
decreases with porosity. Figure 7 shows the permeability  versus  porosity  relationship  for an
Rb / Rt of 20/3 and various connectivities. Deposition occurs at throats only. For all values of Z,
the decrease in permeability is very marked near 0/φφ  equal to 1 and becomes less steep as the
network approaches blockage. Again, the most dramatic effects are seen in the networks with
the least connectivity. Figure 8 displays the permeability versus porosity relationship for a Z of
5 and various pore body to throat size ratios. A small amount of silica deposited in a narrow
throat in a poorly connected network can substantially decrease network conductivity, and
hence permeability.
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For completeness, Figs. 9 and 10 present results for uniform deposition. Figure 9 applies to a
fixed aspect ratio of 20/3 with variable Z, whereas Fig. 10 shows results for fixed connectivity
and various Rb / Rt . Trends are similar to Figs. 7 and 8, but the trend of decreasing permeability
with silica deposition is not as strong. Because deposition is pore lining rather than throat
blocking, it takes a greater change in porosity to effect the same change in permeability. As
expected, the most dramatic decreases in permeability are found for small Z and large tλ .
Finally, careful comparison of Figs. 5 and 6 with Figs. 9 and 10 reveals that dissolution and
uniform deposition results, respectively, approach 0/φφ  equal to 1 with identical slope.

DISCUSSION

The range of porosity variation given in Figs. 5 to 10 is extreme and not expected in the field
far away from the wellbore.  Likewise, experiments have probed a much narrower range than
given above. If we limit the porosity changes to 10%, which are likely the maximum for the
field case1, and examine permeability versus porosity on a log-log plot, a power-law
relationship is found for dissolution and both modes of deposition.

This point is illustrated graphically in Fig. 11 for the case of deposition at pore throats and a
limited porosity variation of 10%. The pore throat to body aspect ratio is fixed at the
experimentally observed value 20/3 and the network connectivity varied between 3 and 13. The
power-law exponent increases with decreasing Z as indicated by the slopes of the lines.  Figure
11 also presents the experimental results of Koh et al.1 who measured permeability of diatomite
plugs that were flushed with hot (204 °C), silica saturated laden water while the diatomite plug
was maintained at 49 °C to induce silica deposition. Experimentally, they found that
permeability reduction correlated with porosity decrease according to a power-law relationship
with a best-fit power-law exponent of 9. This experimental result is quite close to the network
result for Z equal to 6 and lies between network results for Z equal to 5 and 7 in Fig 11. Recall
that the conductivity of Bethe networks with Z from 4 to 6, such as the results shown in Fig. 1,
corresponds to the conductivity of three-dimensional networks of pore space. The result given
in Fig. 11, therefore, provides a check on the validity of the network model. If the model had
not reproduced the experimentally observed trend with coordination numbers from about 4 to 6,
it would have been necessarily discarded.

In the case of pore-lining silica deposition, our network model exhibits an exponent of 9
when Z is between 3 and 4 and Rb / Rt is 20/3. Comparing throat-deposition and pore-lining
deposition network results, it is hard to distinguish between the two mechanisms because no
measurements of coordination number for diatomite have been made, to our knowledge. Thus,
we do not know if diatomite pore structure is well or poorly connected. However, for network
parameters chosen because they correspond to measured pore dimensions and size distributions
and, likewise, limited to networks with coordination numbers from about 4 to 6, we reproduce
the experimentally observed trend.

It is interesting to note that the power-law exponents resulting from the experiments and the
network model are rather extreme compared to previous studies where exponents from about 2
to 5 were prevalent. Since, porous medium permeability correlates strongly with pore-throat
size, and since the pore body to throat aspect ratio is large ( 3/20≈tλ ), small amounts of
deposited solids, as gauged by porosity decrease, effectively plug pores and block the
movement of fluids. On the other hand, diatomite permeability should increase substantially
with moderate dissolution.
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The power-law form exhibited in Fig. 11 for porosity change limited to 10% suggests that
the network results within this range can be correlated according to
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where Figs. 5 to 10 show that the power-law exponent γ  is a function of the network

parameters Z and tbt RR /=λ . Inspection of the results yields the following correlating form
for γ :
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Note that λ  is correlated in terms of measurable rock quantities. The coefficients B, E, and F
are functions of tλ .  We obtain them by fitting polynomial expressions to network results.

Table 1 details the exact functional forms for each of these coefficients. An error analysis23

between network results, Eqs. (35) and (36), and the information in Table 1, demonstrates that
the power-law correlation is accurate to within 3%. The largest deviations are found at low
values of porosity change. Deviations likely result from small errors in the polynomial
representation of coefficients  B,  D, and  E.

The results listed in Table 1 provide us with a means of understanding how the power-
law exponent shifts as diatomite quality varies. For example, as the average initial pore-body to
pore-throat aspect ratio increases, we now have an estimate of the magnitude of increase in λ ,
and vice versa. This moves us closer to our goal of mechanistic simulation of the steam-drive
process in diatomite. Additionally, the relations obtained here could be incorporated into a
continuum model representing silica redistribution in diatomite even if local equilibrium of
silica is not assumed. Recognize that we have redistributed known amounts of silica and
computed how the redistribution affects porous medium conductivity.  A kinetic model could
provide the amount of silica dissolved or deposited and then the results reported here could be
used to estimate the ensuing change in permeability.

TABLE 1: Coefficients in expression for power-law exponent.
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Results from this initial study are promising and several extensions are suggested. First, all
results obtained here were for a pristine network. That is, silica deposition followed by
subsequent redissolution was not examined. This is the expected trend in the field and the
network model needs to be developed further to simulate this cycle. Second, agreement between
network-suggested trends and those found experimentally for the case of deposition appears to
be quite good. In order to perform a similar check for the dissolution case, experiments should
be conducted. Last, the model and calculations presented here are for single-phase flow of
water. To be applicable to the simultaneous flow of water and oil in diatomite, the model should
be extended to multiple phases. Because phase conductivity must be computed when the
fraction of the pore space occupied by a phase is low, it is likely that this task requires a true
three-dimensional network.

CONCLUSIONS

Beginning with a simple network representation of diatomite and knowledge of pore sizes,
we are able to model permeability evolution as a function of porosity change. For moderate
increases or decreases in porosity, we find a power-law relationship describing permeability
alteration. Such a trend for silica deposition has been determined experimentally elsewhere.
Network-predicted power-law exponents for deposition are about 9 and in agreement with this
prior work. The power-law feature holds promise that permeability change during steam drive,
or waterflood, in diatomite can be incorporated into reservoir simulators.

Specifically, we find that the porosity-permeability relationship for diatomite can be
modeled as a simple power-law relation only for moderate ranges of deposition and dissolution.
At low ranges of deposition, it is difficult to distinguish between deposition only at pore throats
and pore-lining deposition of silica for expected pore body to throat aspect ratios and
connectivity. Also, it is found that permeability change is most dramatic for networks with very
small pore throats connected to relatively large bodies. This last aspect largely explains the
extreme magnitude of power-law exponents observed for diatomite.

NOMENCLATURE

a, b = parameters in gamma distribution
A = cross-sectional area
Av = interfacial area per unit volume
B, E, F = coefficients for data reduction
C(x) = network generating function
D = diffusivity
Da = Damkohler number
f =  fraction of pore throats available for flow
f* = root in Eq. (7)
g = conductivity of a pore segment
G = network conductivity distribution
k = permeability
l = characteristic length
L = pore length
p = pressure
q = volumetric flow rate
r = dimensionless pore radius
R = radius
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Sh = Sherwood number
t = dimensionless thickness of deposited layer
u = interstitial velocity
v = volume of a pore segment
V = network volume
X 

A = network accessibility
Xi = fraction of throats not allowed to flow
z = distance in axial direction
Z = coordination number

Greek Symbols
α = pore-size distribution function
γ = power-law exponent
Γ = gamma function
∆ = difference operator
δ = Dirac delta function
 k = first-order reaction rate constant
K = mass-transfer coefficient
λ = radius nondimensionalized by body size
µ = viscosity

ξ = pore length nondimensionalized by body size
φ = porosity

Subscripts
b = body
bl = completely blocked pores
c = characteristic pore dimension
eff = effective for flow
p = percolation threshold
t = throat
0 = denotes properties before dissolution or precipitation
1, 2 = volumes deposited in precipitation model
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                      FIG. 3 Single-pore model (a) and uniform dissolution model (b).
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                             FIG. 4   Uniform deposition model (a) and deposition at pore throats only (b).
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          FIG. 5  Dissolution case, permeability versus porosity relation for different
coordination numbers.
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FIG. 6. Dissolution case, permeability versus porosity relation for different aspect
ratios.
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FIG. 7 Throat deposition case, permeability versus porosity relation for different
coordination numbers.

0

0.1

0.2

0.3

0.4

0.5

0.6

0.7

0.8

0.9

1

0 0.2 0.4 0.6 0.8 1
Porosity ratio

P
er

m
ea

bi
lit

y 
ra

tio

Rb/Rt=20/3

Rb/Rt=10

Rb/Rt=5

Rb/Rt=4

Rb/Rt=3

Rb/Rt=2

Fixed Z=5

Decreasing Rb/Rt



100

FIG. 8 Throat deposition case, permeability versus porosity relation for different
aspect ratios.
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FIG. 9 Uniform deposition case, permeability versus porosity relation for different
coordination numbers.
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FIG. 10 Uniform deposition case, permeability versus porosity relation for different
aspect ratios.
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FIG. 11 Straight-line fits for permeability versus porosity relations.  Axes are logarithmic.
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PROJECT 2:  IN-SITU COMBUSTION

To evaluate the effect of different reservoir parameters on the in-situ combustion

process.  This project includes the study of the kinetics of the reactions.
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2.1  INSITU COMBUSTION

       (Louis Castanier)

During the period of performance of the contract, in-situ combustion research was initially
focused towards the effect of metallic additives on the reactions of combustion.  Equipment
failures lead to a complete rebuilding of the experimental set up which is still ongoing.  As a
result, no significant new experimental data were obtained.  The following is a summary of why
we continue to research in-situ combustion and an example of application of this method to
unusual (e.g., offshore, arctic) or difficult reservoirs.  We are currently studying the feasibility
of a combination of solvent and in-situ combustion techniques and will continue this work in
the future.

NEED FOR IN-SITU COMBUSTION

The traditional recovery techniques for heavy oils can be classified in two categories:
thermal methods, which aim at decreasing the crude viscosity by increasing temperature and
non-thermal methods, which in heavy oil reservoirs generally suffer from the high mobility
contrast between the oil and injected fluids.  By far the most widely used recovery method for
heavy oils is steam injection, either cyclic or as a drive.  Steam injection, however, is not
applicable to many reservoirs.  Among the parameters affecting the success of steam injection
are:

• Depth:  If the reservoir depth is over 3,000 ft. (1,000 m) the heat losses in the
injection well will make the steam injection inefficient.  Insulated tubing can be
used as a partial remedy, but it is expensive and difficult to install properly in the
field.  Downhole steam generators have been tried without success in the last
twenty years.  They suffer from reliability problems.

• Pressure:  At high pressure, the latent heat of water drastically decreases and high
pressure also means high injection temperature causing less efficient heat transport
and added heat losses.

• Permeability:  Clays present in the reservoir may swell in presence of the fresh
water produced by steam condensation.  This can reduce injectivity and impair the
process.

• Oil saturation and porosity:  These two parameters are very important.  If not
enough oil is in place, the energy used to heat the reservoir will be more than the
energy obtained by the oil produced.  Steam injection is generally impossible in
reservoir where the product of porosity by oil saturation is less than 0.1.

From the above discussion, it is clear that despite its usefulness, steam injection is limited
to a select group of reservoirs.  Let us now turn our attention to in-situ combustion.  In-situ
combustion is not limited by reservoir depth.  It is also applicable where wellbore heat transfer
would severely limit steam injection.  Two possible cases are offshore fields and the presence of
permafrost where steam is not applicable but combustion would be feasible.  Combustion is
more energy efficient and less polluting than steam.  It has been field proven in a number of
countries.  Combustion, however, suffers from poor sweep efficiency caused by the mobility
contrast between the injected air (or oxygen) and the reservoir fluids.  It also requires careful
engineering and is less flexible and forgiving of errors than steam.
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SOLVENT USE

Solvents can be used to reduce the oil viscosity and facilitate production.  The solvents can
be gases used in miscible or non-miscible mode, or liquids at reservoir conditions.  Liquid
solvents are usually expensive and the price of the oil recovered low.  Consequently, the
economics of liquid solvent injection are usually not favorable.  Gases are used in miscible or
non-miscible modes.  Miscibility of gases with heavy oils requires very high pressures.  Again
the economics of miscible flooding of heavy oils are not good.  Non-miscible gas injection has
been tried with some success, especially in a cyclic fashion.  Some of the technical problems
involved with solvent injection arise from precipitation of asphaltene or other compounds
during the mixing of the oil and the solvent.  This phenomenon is well known and described in
a number of publications.  It leads to reduction in permeability, especially near the wells, and
can, in some cases be very severe and cause technical failure of the process. We expect this
problem to be acute in the case of heavy oils.

PROPOSED WORK FOR DIFFICULT RESERVOIRS

None of the existing enhanced oil recovery methods is applicable to difficult or unusual
heavy oil reservoirs such as deep, high pressure, offshore, or arctic fields.  The rest of this
section proposes a combination of several of the existing techniques that is designed to solve
this problem.  The economic aspects have been taken into account in our preliminary study and
we feel that the proposed improved oil recovery ideas can be field applied with existing
technology.

METHOD DESCRIPTION

The following description should be considered as a possible outline to be followed.
Although the concepts will remain the same, local technical and economic conditions will
dictate numerous variations and changes in methods.  Cyclic oil recovery has advantages, both
technical and in terms of economics.  It can also be easily optimized in a given oil reservoir.
We propose cyclic injection of solvents, either gas or liquid, followed by in-situ combustion of
a small part of the reservoir to increase the temperature near wellbore, and also to clean the
wellbore region of the residues left by the solvents.  Alternate slugs of solvent and air will be
injected and production will occur after each solvent slug injection and after each combustion.
The process can be repeated until the economic limit is reached.  One important fact to note is
that both solvent  injection and in-situ combustion have been proven to be effective in a variety
of reservoirs, the combination of the two methods has, to our knowledge, never been tried.

First Cycle:  Solvent  Injection
A slug of solvent (liquid or a gas) should be injected.  The amount to be injected needs to

be determined by reservoir simulation or from calculations.  We expect that in most cases, the
amount to be injected will be a small fraction of the pore volume of the reservoir considered.
By mixing with the oil, the solvent will decrease the viscosity of the mixture as compared to the
viscosity of the original oil.  This viscosity reduction can be evaluated if the solvent is a liquid
by using Eq. 1 from Burger, et al., page 41.  The improvement in oil production can be
estimated using an approach similar to the one used by Boberg for steam cyclicing and taking
into account only the change of viscosity caused by the solvent.  Production after the injection
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of the first slug of solvent can thus be easily calculated.  If the solvent is a gas, Eq. 1 does not
apply, instead, the dissolved gases will induce swelling of the oil and also viscosity reduction as
the gas saturated oil will be less viscous than the original oil .  Of course, these parameters are
best established by laboratory measurements on the crude/solvent system to be studied.
Numerical simulation can now predict the expected improvement in production from the solvent
injection part of the process.  The VAPEX process in Canada is a good example of application
of such methods to heavy oils.

At the end of the first solvent cycle, one can expect some damage to the near wellbore
area.  Most significant will be the precipitation and/or deposition of heavy hydrocarbons such as
asphaltenes or paraffins.  The produced oil is expected to be upgraded by the solvent cycle.

First Cycle:  Combustion
Unlike the classic well-to-well in-situ combustion, we will only try to improve near

wellbore conditions by burning the solid residues left after the solvent cycle.  The amount of air
(or oxygen) to be injected can be easily determined by laboratory experiments and numerical
simulation or simple calculations.  The benefits of using combustion at this stage are expected
to include:

• Productivity improvement through removal of the solids percipitated from the solvent
cycle.

• Possible deactivation of the near wellbore clays caused by the high temperature of the
combustion

• Reduced viscosity of the oil due to temperature increase.
• Effect of 2CO  production causing swelling and viscosity reduction of the oil.

• Pressure maintenance.

One must note that combustion burns only the heaviest part of the crude, and hence the
upgrading already observed during the solvent cycle should be maintained, and even improved.
A soak period will probably be necessary at the end of the air/oxygen injection to ensure that all
of the oxygen injected has reacted in the reservoir and will not be produced during the
subsequent production cycle.  The recovery predictions at this stage of the process will be
difficult and probably require a fine grid thermal/compositional simulation.  It is, however,
possible to obtain some estimates based on simple correlations similar to the well-known steam
cyclic models.

Repeat Cycles:
The process can be repeated by alternating solvent injection and near well in-situ

combustion as long as the economics warrant it.  Optimization of slug sizes and duration needs
to be made to ensure maximum economic efficiency.  Reservoir conditions will, of course,
dictate these parameters.

DISCUSSION OF POSSIBLE PROBLEMS:  PRELIMINARY WORK REQUIRED:

During the solvent injection, the main problem will be the efficient use of a limited amount
of expensive injected fluid.  Reservoir heterogeneities and density and mobility differences
between solvent and reservoir oil will cause sweep efficiency problems.  This in turn can cause
concentration gradients and hence large viscosity differences among the fluids to be produced.
As in any improved recovery technique, proper reservoir definition is needed.  The fact that the
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process is cyclic in nature should ensure no waste of solvent.  The other problems to be
encountered in the solvent part of the process are well-known and described in the literature.
The type of work required prior to field application involves PVT studies and creation in the
laboratory of various oil/solvent mixtures.  Deposition of asphaltenes or other residues on rocks
similar to reservoir rocks should also be studied.  The following describes some simple tests that
can be used as screening techniques for the method.

FEASIBILITY STUDY

Heavy crudes, such as Cold Lake or Hamaca, will be mixed with liquid solvents and
viscosities of the mixtures will be measured.  Filtration of the mixtures should determine
whether or not solid precipitation or formation damage will occur.  This first step has been done
with Cold Lake Bitumen and has shown both significant viscosity reduction and the presence of
solid precipitate.  This work is still preliminary and will be continued.  During the second step,
the mixtures will be injected into a sandpack of permeability and pore structure close to the field
sands.  Permeability versus injected volume of the mixtures will be recorded.  When (and if) the
ratio of the permeability, before and after passage of the mixtures reach a given value, the sand
pack will be subjected to an in-situ combustion tube run.  Fuel concentration and composition as
well as an estimate of the air requirements will be obtained.  At this stage, simple calculations
will give estimates on the production in the field.

Economic evaluation should start at this level.  Laboratory tests for gas in solution may be
more difficult to implement.  The literature is poor in PVT data for heavy oils and more
complex experiments may be required.  A significant research effort is being made on the
"foamy oil" problem, and data from those experiments can probably be used in our project.  The
database of heavy oil with 2CO  projects should also be used.

OPTIMIZATION AND PRACTICAL APPLICATION

Although reservoir and economic conditions will dictate the directions to be followed for
optimization of the process, some general comments are warranted at this point.  It would
appear that cycle size should increase if the reservoir is thick.  One would expect the
combustion area to move toward the top of the reservoir in this case.  Gravity drainage will be
an important part of the recovery mechanism and should be taken into account in the
implementation of any field test.  Position of the injection/production intervals should be
calculated to optimize the process.  Numerical simulations will probably be needed to fully
optimize the recovery.

As previously mentioned, a soak period will be needed at the end of the combustion
portion of each cycle.  Its duration can be determined by kinetics studies giving the reactivity of
the oil with air.  As temperatures near wellbore at the end of the air injection will be high, there
should be no problem of oxygen backflush into the well as it will react with the oil.  Careful
monitoring of the produced gases will be needed for added safety.
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2.2 IN-SITU COMBUSTION USING WATER SOLUBLE METALLIC ADDITIVES

 (U. Diwan and L. Castanier)

2.2.1 INTRODUCTION

Crude oils are often grouped into three categories based on specific gravity range:

1.     Heavy Oil (10o-20oAPI)
2.     Intermediate Oil (20o-30oAPI)
3. Light Oil (greater than 30oAPI)

Heavy oils consist mainly of high density naphthenes, aromatics and heteroatoms that
are poor in alkanes, while light oils consist mainly of alkanes (Boduszynski, 1987;
Boduszynski, 1988).   Bitumen or tar are extremely dense hydrocarbons (about 10oAPI or less),
and are non-volatile liquids, semi-solids or solids.The deposits are often referred to as oil sands
or tar sands.

2.2.2 IN-SITU COMBUSTION

In-situ combustion is a thermal recovery technique in which a part of the heavy oil in
place is burned to generate heat. This heat brings about a reduction in viscosity of the crude oil
to get improved mobility and hence oil production rate and recovery. In a laboratory the process
of ignition is initiated by using electric heaters while a stream of air is injected into a
combustion tube to initiate and sustain combustion.  Pure oxygen may also be used, but for
economy sake air is popular. The fuel that is burned is the unrecoverable carbon rich residue of
that is left on the reservoir matrix behind the steam front as a result of steam distillation, thermal
cracking and some catalytic cracking. The heat that is generated partially distills the crude oil.
The lighter ends are distilled off, and they condense in the cooler regions ahead of the
combustion front along with the vaporized connate water and water produced as a combustion
byproduct. The region ahead of the combustion front is heated by conduction, by convection of
combustion gases, and by the condensation of volatiles (light ends) and steam.  The oil ahead of
the combustion front is  displaced  toward the  production  well by  gas  drive provided by the
combustion gases, by hot water and steam steam drive, and by miscible drive provided by the
condensed light hydrocarbons (Alexander et al., 1962; Holt, 1992)

A typical combustion front moves through the reservoir matrix by consuming the fuel
as it moves ahead, thereby leaving no oil behind the burning front.  As the combustion front
approaches the volume element, the temperature of the element rises and water and light ends
are vaporized. These vapors are carried in the gas stream and condense in the cooler regions
ahead of the combustion front. The water vapors condense to form a water bank (E), following a
bank of light hydrocarbons (F). A steam plateau (D) comprises of the steam-liquid, two-phase
region. As the temperature in the volume element exceeds 350oC the oil undergoes thermal
cracking to form a volatile fraction and a low volatility heavy residue (represented by C). The
volatile fraction gets carried in the gas stream and the heavy residue constitutes the fuel which
gets burned in the combustion zone (B). The heat generated in the combustion zone gets
transported ahead of the front by conduction and convection by the vapors and liquids. The
combustion zone is often only a few inches in thickness and has a temperature in the range 350o
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- 650oC. As the combustion front moves past this volume element it leaves behind a zone of
clean sand (A) which serves as a preheater for the incoming air.

2.2.2.1 Applicability, Merits and Demerits of In-situ Combustion

In-situ combustion is applicable to a wide range of reservoir fluid characteristics. The
absence of well bore heat losses in the injection well allows in-situ combustion to be carried out
in deeper reservoirs having thinner, tighter sand sections which are not amenable to steam
injection. The oil that is produced is also lighter than the oil in place as a result of cracking and
distillation.

This technique is amongst the most energy efficient of improved oil recovery methods
available today for heavy oils. However, one major constraint that limits its practical application
is the amount of fuel formation in the matrix. If a sufficient amount of fuel is not deposited, as
is often the case for light oils, the combustion front will not sustain itself. Conversely, if the
quantity of fuel deposited is large, as is often the case with very heavy oils,  the rate of advance
of the front tends to be slower, with an uneconomically high demand for compressed air to
sustain combustion (Alexander et al., 1962).

As a result it would be desirable to find substances that alter the reaction kinetics of oil
oxidation during in-situ combustion. There are a number of factors affecting the rates of these
reactions, among which are the composition and concentration of the catalyst, surface of the
catalyst available for reaction temperature. Combustion tube studies with metallic additives
(Baena et al., 1990; Castanier et al., 1992; Holt, 1992) have shown that the addition of water
soluble metallic salts can change the reaction kinetics of combustion. These indicate an
increased fuel deposition in runs which carried salts of iron or tin. It has not been established for
certain how the presence of theses substances affect the fuel deposition mechanism, but it may
be due to the reduction in the temperature required for cracking reactions.

Kinetic tube studies with metallic additives (de los Rios et al., 1988; Shallcross, 1989)
indicate that aqueous solutions of certain metallic salts like zinc, iron and tin increased the fuel
concentrations. All these studies indicate that the overall oxidation mechanism of crude oils in
porous media is the result of an overlap of several reactions that occur at different ranges of
temperature. These have been classified as low temperature, medium temperature and high
temperature reactions.

In a properly designed combustion process there should be minimal amount of low
temperature oxidation (Agrawal and Sidqi, 1996).  Therefore, the presence of metallic additives,
which affect reaction kinetics, would affect the overall performance of the combustion process.
It is believed that low temperature oxidation reactions affect fuel formation, therefore the
alteration of this reaction would affect fuel deposition characteristics.

Earlier work done by De Los Rios (1987), has shown, on a quantitative basis, that the
use of metallic additives affects the nature of the fuel formed; this, in turn, will affect the heat of
combustion, the air-oil ratio, the air requirements, the front velocity and the oil recovery rate.
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2.2.2.2 Metallic Additives in In-situ Combustion

Studies on the effect of metallic additives (salts) on in-situ combustion date back to the
early nineteen seventies. It was observed that reservoirs having mineral contents with high
metallic content in the rock matrix had increased fuel deposition (Burger and Sahuquet, 1972).
Early attempts at understanding the mechanics of oil oxidation reactions was done through
kinetic tube experiments in the presence of metallic additives.

A brief description to explain how the oxidation reactions take place is given on the
following page.

2.2.2.3 Kinetic Studies with Metals and Metallic Additives

Several studies have been performed to determine the influence of metals and metallic
additives on the oxidation characteristics of crude oils. The work performed and observations
made during these experiments are described below.

1. Of particular importance to the current study are the kinetic studies performed by De Los
Rios (1988) and Shallcross (1989) at Stanford University. De Los Rios performed kinetic
experiments on Huntington Beach Oil and various metallic additives. Shallcross performed
kinetic experiments on Huntington Beach and Venezuelan oils with various metallic
additives. Both studies analyzed oxygen consumption data by decoupling the total oxygen
consumption data into three parts. This was done to represent the oxygen consumed by the
three competing groups of reactions. The found that metallic additives iron and tin
increased oxygen consumption. They also reported that iron and tin increased the reaction
rates for the oxidation reactions. They found that zinc did not produce the effects reported
for iron and tin. From the results of these studies it was expected that iron and tin may be
useful agents in catalyzing combustion reactions (Mamora, 1993).

2. Burger and Sahuquet (1981) report on two kinetic runs using 2000 ppm copper performed
on a 27oAPI oil. The activation energy for the LTO was found to be lowered due to the
copper additive (Holt, 1992).

3. Fassihi et al. (1981) report on kinetic experiments with 2000 ppm copper says that the
activation energy of the LTO was unaffected, but itís reaction rate was increased. Fassihi
also reported that the activation energy for the high temperature portion of the reaction was
reduced (Baena et al., 1990; Mamora, 1993).
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Reactions taking place:
1. Low temperature oxidation (LTO)  Result in formation of peroxides, hydroperoxides,

aldehydes, ketones, carboxylic acids and alcohols
(Burger and Sahuquet, 1972).   Alexander et al.(1962)
and Al-Saadon  (1970) showed that fuel availability was
increased when LTO of crude oil took place. Dabbous
and Fulton (1974) corroborated this and also found that
LTO causes a substantial decline in recoverable oil from
the distillation and cracking zones, an increase in the fuel
deposition and marked changes in the fuel characteristics
and coked sand properties.
 Weijdema (1968) and Fassihi (1981) found that the order
for the LTO reaction, in terms of the partial pressure of
oxygen, was  close to unity.

2. Medium temperature oxidation
(MTO)

 Involve distillation, visbreaking and coking of the fuel
along with partial oxidation of the products formed
(Bardon and Gadelle, 1977; Fassihi, 1981; Sidqi et al.,
1985). The amount of coking and atomic H/C ratio of the
fuel were found to decrease with increasing coking
temperature (Bousaid, 1967). Increasing pressure was
found to increase the amount of hydrocarbon residue
formed; but the fuel deposited has a lesser hydrogen
content (Sidqi et al., 1985).

3. High temperature oxidation
(HTO)

Involve oxidation of the cracked hydrocarbon residue.
HTO takes place according to the following equation:
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m: ratio of carbon dioxide to carbon monoxide formed upon oxidation of the fuel
n: atomic hydrogen to carbon ratio of fuel burned
The reaction rate has been found to be first order with respect to the fuel concentration and was
found to have an order of 0.5 to 1.0 with respect to the oxygen partial pressure (Dabbous and
Fulton, 1974).

To recap:
• It has been found by previous researchers that the presence of certain metals can affect the

kinetic parameters used to model combustion reactions.
• These kinetic experiments can give estimates of activation energies and reaction rates for

combustion reactions.

2.2.2.4 Tube Studies with Metallic Additives

Observations that the physical and chemical properties of the core material can affect
the combustion performance in tube runs was made by several researchers. Some of them are
mentioned below.

1. Vossoughi et al., 1982, Hardy et al., 1972, Alexander et al., 1962 observed that, for a
particular oil, more fuel can be expected from a native core than from a clean sand pack.
This is believed to result from both physical and chemical processes. Fine grained material
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in native cores provides more surface area for combustion reactions while metals in natural
minerals act as catalysts (Baena et al., 1990; Bardon and Gadelle, 1977).

2. Baena et al., 1990 report on experiments with 22oAPI Huntington Beach Oil. They observed
that tin and iron additives increased oxygen utilization efficiency, burning front velocity,
and fuel concentration. The zinc additive showed lesser effect (Baena et al., 1990).

3. Castanier et al., 1992 report on thirteen metallic additive combustion tube runs. The runs
made with 10oAPI Hamaca oil show that tin and iron increased the fuel deposition, oxygen
utilization efficiency, and front velocity while zinc was less effective (Bardon and Gadelle,
1977).

2.2.3 PRESENT STUDY

The present study shall involve a series of combustion tube experiments performed with
the Wilmington Oil (∼15oAPI) and a couple of aqueous metallic additives.

2.2.4 WORK COMPLETED

• Thermocouple testing
• Calibration of mass flow meter
• Calibration of mass flow controller
• Calibration of carbon monoxide gas analyzer
• Calibration of carbon dioxide gas analyzer
 
 
 2.1.5 FUTURE WORK
 
• Calibration of oxygen analyzer
• Checking apparatus for leakages
• Checking data logger
• Transducer calibration to measure pressure drop along tube
• Conduct a trial run using no packing, just air
• Observe temperature profiles
• Pack the combustion tube with the crude oil
• Perform runs
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PROJECT 3:  STEAM WITH ADDITIVES

To develop and understand the mechanisms of the process using commercially

available surfactants for reduction of gravity override and channeling of steam.
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3.1 FOAM FLOW IN HETEROGENEOUS POROUS MEDIA:

EFFECT OF CROSS FLOW

(H.J. Bertin, O.G. Apaydin, L.M. Castanier, and A.R. Kovscek)

This paper was presented at the 1998 SPE/DOE Improved Oil Recovery Symposium,

Held in Tulsa, Oklahoma (April 19-22, 1998).
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Abstract
Previous experimental studies of foam generation and
transport were conducted, mainly, in one-dimensional
and homogeneous porous media. However, the field
situation is primarily heterogeneous and
multidimensional. To begin to bridge this gap, we have
studied foam formation and propagation in an annularly
heterogeneous porous medium. The experimental system
was constructed by centering a 0.050 m diameter
cylindrical Fontainebleau sandstone core inside an 0.089
m acrylic tube and packing clean Ottawa sand in the
annular region. The sandstone permeability is roughly
0.1 µm2 while the unconsolidated sand permeability is
6.7 µm2. Experiments with and without cross flow
between the two porous media were conducted. To
prevent cross flow, the cylindrical face of the sandstone
was encased in a heat-shrink Teflon sleeve and the
annular region packed with sand as before. Nitrogen is
the gas phase and an alpha olefin sulfonate (AOS 1416)
in brine is the foamer. The aqueous phase saturation
distribution is garnered using X-ray computed
tomography (CT).

Results from this study are striking. When the
heterogeneous layers are in capillary communication
and cross flow is allowed, foam fronts move at identical
rates in each porous medium as quantified by the CT-

scan images. Desaturation by foam is efficient and
typically complete in about 1 PV of gas injection. When
cross flow is prohibited, foam partially plugs the high
permeability sand and diverts flow into the low
permeability sandstone. The foam front moves through
the low permeability region faster than in the high
permeability region.

Introduction
Foam is applied broadly as a mobility-control and
profile modification agent for flow in porous media.
Foams are usually formed by nonwetting gases such as
steam, carbon dioxide (CO2), or nitrogen (N2) dispersed
within a continuous surfactant-laden liquid phase.
Typical applications include aqueous foams for
improving steam-drive 1-3 and CO2-flood performance,4

gelled-foams for plugging high permeability channels,5

foams for prevention or delay of gas or water coning,6

and surfactant-alternating-gas processes for clean up of
ground-water aquifers.7,8 All of these methods have
been tested in both the laboratory and the field.

An unfoamed gas displays low viscosity relative
to water or crude oil and is thereby very mobile in
porous media. However, dispersing the gas phase within
a surfactant solution where the surfactant stabilizes the
gas/liquid interface can substantially reduce gas mobility
in porous media. Mobility is reduced because pore-
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spanning liquid films (foam lamellae) and lenses block
some of the flow channels. Additionally, flowing
lamellae encounter significant drag because of the
presence of pore walls and constrictions. One aspect of
foams that makes them attractive is that a relatively
small amount of surfactant chemical can affect the flow
properties of a very large volume of gas. The volume
fraction of gas in a foam frequently exceeds 80 percent
and stable foams up to 99 percent volume fraction are
not uncommon. Recent reviews of foam flow
phenomena and mechanisms are given in Refs. 9-11.

Laboratory studies on foam generation and
transport have aided greatly in formulating and
improving both our microscopic and macroscopic
understanding of foam flow in porous media. They have
focused, for the most part, on one-dimensional and
homogeneous porous media. These studies, however,
leave gaps in our knowledge of foam behavior because
the field situation is primarily heterogeneous and
multidimensional.

While much work has been conducted in
homogeneous systems, the literature on flow in stratified
systems is sparse. Notable experiments in stratified
systems include Casteel and Djabbarah who performed
steam and CO2 displacements with foaming agents in
two parallel porous media.12 Robin studied foam
generation and transport in layered beadpacks that
simulated reservoir strata.13 In these experiments he
surmised that foam blocked the high permeability layer.
Llave et al observed that foam can divert gas flow from
high permeability layers to low permeability layers
when the layers are isolated14. Yaghoobi and Heller
studied CO2 foam in short composite cores composed of
sand and sandstone.15 They report diversion of CO2 to
the low permeability section and delay in CO2

breakthrough from the high permeability section.
More recently, Hirasaki et al. performed foam

displacements in layered porous media to study the
removal of organic liquids from groundwater aquifers.7

Gas was injected at a fixed pressure gradient rather than
a specified rate. By dyeing the various fluids, they
observed displacement patterns directly. They found that
injection of gas slugs into a porous medium containing
surfactant resulted in foam generation and selective
mobility reduction in the high permeability layers. In
turn, recovery of the organic liquid was greatly
enhanced.

For the most part, the effect of flow among
parallel layers in capillary communication has not been
investigated. We denote this as cross flow. To bridge
this gap, we perform foam flow experiments in an
axially symmetric, cylindrical, heterogeneous porous

medium. A sandstone core fills the center of the
heterogeneous pack and a uniform sand fills the annular
region between the core and the pressure vessel wall. By
the use or absence of a heat-shrink Teflon jacket around
the sandstone, fluid communication, or cross-flow, is
prohibited or allowed. The sandstone is about two orders
of magnitude less permeable than the sand to provide a
strong permeability and capillary pressure contrast. We
interpret the experiments in terms of the evolution of in-
situ water saturation as a function of time.

In the following sections we first discuss the
construction and characterization of the porous medium,
characterization of our foamer solution, and then
experimental determination of water saturation via X-
ray CT scanning. CT provides accurate resolution of the
progress of displacement fronts as well as the in-situ
displacement efficiency. Next, we outline the
experimental program and give results. A discussion and
conclusions complete the paper.

Experimental Apparatus and Procedures
The centerpiece of the experimental program is a
heterogeneous porous medium. It is constructed by
centering a 0.050 m diameter and 0.368 m long
Fontainebleau sandstone core inside a long, cylindrical,
acrylic core holder. The inner diameter of the acrylic
tube is 0.089 m and total length is 0.65 m. The annular
space between the sandstone and the coreholder wall is
packed with Ottawa sand. Similarly, the remaining 0.282
m of coreholder is packed with sand. Hence, the tube
contains a heterogeneous portion consisting of
sandstone and sand, and a homogeneous portion filled
with sand. For experiments where we seek to prevent
exchange of fluid between the sandstone and the sand, a
heat-shrink Teflon tube is fit around the sandstone. In
this case, only the circular faces at the beginning and
end of the Fontainebleau core are left open to flow.
When cross-flow is not prevented, we make no special
preparation of the sandstone core.

Figure 1 is a reconstructed image of the porosity
field measured using the CT scanner. Further details on
the scanner and imaging methods will be given later, but
the sandstone and sand portions of the porous medium
are labeled and apparent in Fig. 1. Average porosity
values obtained with CT along both the sand and
sandstone portions of the core are displayed in Fig. 2.
Each component of the heterogeneous porous medium is
relatively homogeneous with an average sandstone
porosity of 0.14 and an average sand porosity of 0.32.
The Ottawa sand permeability was measured at 6.7 µm2

and the Fontainebleau sandstone permeability is 0.1
µm2. Both values are permeability to brine. Thus, the
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contrast in permeability between the sand and sandstone
is 67 to 1.

The coreholder is designed so that fluids can be
injected from either end. Machined endcaps distribute
injected fluids across the cross-sectional area of the
coreholder. The endcaps are cylindrical, fit inside the
coreholder, and seal against the acrylic wall using a
double o-ring assembly. Endcaps are held in place by a
flange and bolts. Thus, a relatively uniform compression
can be applied to the sand face. When gas is injected
into the sand-filled region, foam can generate before
reaching the heterogeneous zone. On the other hand,
when gas is injected directly into the heterogeneous end,
foam generation in an initially liquid-filled
heterogeneous porous medium can be observed.
Unfortunately, coreholder design precluded the
installation of pressure taps to measure the pressure at
the inlet face and the in-situ pressure profile.

Nitrogen (N2) is injected into the porous
medium saturated with foamer solution  at a rate of 3
SCCM (standard cubic centimeters per minute) using a
Matheson (Montgomeryville, PA) Model 8141 0-10
SCCM mass flow controller. Nominally, the superficial
gas velocity is 0.67 m/day (8.04 x10-6 m/s) relative to
the outlet pressure of 101325 Pa. Foamer solution was
not injected simultaneously with the gas because such
experiments in one-dimensional, homogeneous
sandstones can lead to pressure drops on the order of
2000 kPa/m (100 psi/ft) (c.f. Ref. 16), and we did not
wish to over-pressurize the experimental system.
Previous one-dimensional experiments using gas only
injection and a similar surfactant and sand resulted in
moderate pressure drops.17

Through the combination of communicating and
noncommunicating heterogeneities and injection into
homogeneous or heterogeneous portions of the core, 4
different experiments are possible:

1. Injection across the heterogeneous side,  non-
communicating sand and sandstone.

2. Injection across the heterogeneous side,
communicating sand and sandstone.

3. Injection across the homogenous sand,
noncommunicating sand and sandstone.

4. Injection across the homogenous sand,
communicating sand and sandstone.

The surfactant is an alpha olefin sulfonate (AOS
C14-C16) supplied by Shell Chemical (Houston, TX). A
concentration of 0.1% by weight active surfactant in a
0.5 wt% NaCl brine was chosen via a two-pronged
procedure. First, the pressure drop across a small (0.01

m diameter and 0.25 m long) chromatography column
packed with the Ottawa sand was measured for
increasing surfactant concentrations for a variety of
brines. Nitrogen was injected at a rate of 10 SCCM
while the surfactant solution injection rate was 0.34
cm3/min. A backpressure of 696 kPa (100 psi) was
maintained at the sandpack outlet. Next, the interfacial
tension between air and surfactant solution was
measured for increasing concentration of surfactant
using the pendant drop method. A broad range of
surfactant concentrations was used in order to identify
the critical micelle concentration (CMC). Figure 3
presents both the pressure drop and surface tension data
collected. For the 0.5 wt% brine, strong foaming action,
as witnessed by pressure drop, is found once the CMC is
exceeded. Further, no benefit is found when surfactant
concentration is increased above 0.1 wt% in either the
pressure-drop or surface-tension data. Hence, this 0.1
wt% surfactant concentration was chosen.

An experiment begins by flushing the porous
medium with gas (CO2 or N2) until it is free of liquid. A
dry scan is made. If needed, the core is refilled with
CO2, and saturated with brine to 100% water saturation,
because the CO2 is soluble in the brine. At the minimum,
10 pore volumes of surfactant solution are injected to
saturate the solid and aqueous phases with surfactant. A
wet scan of the porous medium is then obtained. Once
the porosity field has been determined, CT is used to
confirm that 100 % liquid saturation is obtained. If it has
not, more foamer solution is injected to dissolve the
CO2. Once an Sw of 100% is obtained, N2 is injected at a
constant rate. The progress of foam generation is seen
directly in the CT data collected. Gas is injected until
foam breakthrough at the outlet occurs and is continued
for an additional 0.5 to 1. PV.

Porosity and aqueous-phase saturation fields are
measured on 18 volume sections equally distributed
along the core using a fourth generation (1200 fixed
detectors) Picker™ 1200 SX X-ray scanner. Typically,
the voxel dimension is (0.25mm by 0.25mm by 4mm).
The acquisition time of one image is 7 seconds while the
processing time is around 40 seconds. The total time of
measurement is short enough to capture accurately the
position of the front and construct saturation profiles
along the core. Porosity and saturation measurements
require so-called "dry" and "wet" scans to obtain CT
numbers for the medium free of liquid and then fully
saturated with liquid. Porosity is computed by a ratio
between the dry and wet counting (CT numbers) from
the known air attenuation. Saturation is determined in



121

the same way after garnering CT numbers during the
displacement. The measurement accuracy depends on
the different parameters chosen for the X-ray emitter
such as voltage and intensity, filters, and reproducibility
of the positioning system moving the coreholder
apparatus into and out of the gantry. Measurement error
of saturation is less than 6% 18,19.

Results
To provide a baseline, gas was injected at 3 SCCM into
surfactant-free cores. Figure 4 illustrates gas flow in the
absence of foam when heterogeneities communicate.
Injection is from the heterogeneous face. Saturation
values are obtained by averaging the saturation for each
voxel in a cross section for the sandstone and sand
regions, respectively. Time is reported nondimensionally
in pore volumes of injected gas and distance is measured
from the inlet. Figure 4a shows the saturation profiles
for the sandstone, while Fig. 4b the profiles for the sand.
Straight lines connect the individual data points. Gas
displacement of water is poor. Strong displacement
fronts are not witnessed and even after 4 PV of gas
injection, water saturation remains high. In this case, gas
breakthrough occurs at 0.05 PV and the total production
at 4.5 PV is about 0.1 PV. In the case of
noncommunicating heterogeneities, gas breakthrough
occurs at 0.11 PV and total water production at 3 PV is
only 0.17 PV.

Next, foam displacements in all four of the
configurations were completed. First injection through
the heterogeneous face of the core is discussed and then
injection through the homogeneous face. The extent of
foam generation and reduction in gas mobility is
quantified through the saturation profiles determined by
CT and the length of time to gas breakthrough. A
breakthrough time approaching or exceeding 1 PV
indicates efficient desaturation of the core and by
implication strong foam generation.

Noncommunicating layers, heterogeneous face
injection. In this experiment, the heat-shrink wrapped
Fontainebleau sandstone core cannot exchange fluid
with the sand except through the inflow and outflow
ends. N2 is injected from the heterogeneous region and
across both sand and sandstone. Figure 5 displays
typical saturation fields across the cross section of the
core holder at various locations. The elapsed time is
0.23 PV of gas injection. In the figure, a shading of
black represents a water saturation, Sw, of 1 while white
indicates Sw equal to 0. In the last section, taken at  x/L
equal to 0.25 (0.16 m), it is evident that gas is present in
the low permeability sandstone, but has not yet reached

this location in the sand. The light shading of the first
two cross sections in Fig. 5 indicates that an effective
displacement is occurring.

As mentioned in the discussion of the
experimental setup, collection of in-situ pressure drop
data is precluded by the design of the core holder.
However, gas pressure drop over the entire core did not
exceed 1.4 x105 Pa (20 psi) in this or any of the
subsequent experiments employing surfactant.

Figure 6 presents the averaged aqueous-phase
saturation profiles measured at various times. Figure 6a
shows the saturation profiles for the sandstone, while
Fig. 6b the profiles for the sand. The 18 data points for
the sand region correspond to the number of volume
sections analyzed.

The first point to note is that desaturation of
both the sand and sandstone by foamed gas is efficient.
Saturation fronts are relatively steep and sharp in both
porous media. The entire porous medium is saturated
with foamer solution initially, and Sw downstream of the
front is everywhere 1. In the case of the sandstone, Sw

immediately following the passage of the foam front is
about 0.3 whereas in the sand it is roughly 0.15. That is,
following desaturation by foam, each layer is within a
few saturation units of its irreducible saturation. Foam
has effectively diverted a portion of the injected gas into
the sandstone.

Secondly, the position of the saturation fronts as
a function of time tells an interesting story. When t
equals 0.12 PV the leading edge of the foam front in
both the high and low permeability media is at a
dimensionless position of 0.14. At the succeeding time
of 0.23 PV the front in the sandstone is at x/L equal to
0.3, while in the sand it is slightly behind at x/L equal to
0.26. At a t of 0.35 PV, it appears that the foam front has
just exited the sandstone. The leading edge of the foam
front in the sand at this same time significantly lags
behind at a position of 0.35. Examination of the
saturation profiles at 0.46 PV confirms this trend. The
saturation at x/L equal to 0.45 in the sandstone clearly
shows that foam has pushed its way through the
sandstone core and exited into the sand. On the other
hand, the foam front pushing through the annular sand
region is only positioned at x/L equal to 0.4. It is
apparent that the foam front in the low permeability
layer moves more quickly than in the high permeability
layer. This fact is also evidenced in the raw saturation
data in Fig. 5. In the discussion, we will rationalize this
behavior in terms of the effect of capillary pressure on
foam texture.

At times of 0.46, 0.54, and 0.70 PV the effect of
the foam fronts moving at different speeds in each media
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can still be seen in the saturation profiles. The foamed
gas exiting the sandstone results in fronts positioned in
the neighborhood of x/L from roughly 0.75 to 0.85. A
second trailing front is also apparent. For instance, at
0.70 PV this trailing front is positioned at roughly 0.45.
This second front results from the foamed gas and water
exiting the annular region packed with sand as well as
water that was not displaced in the completely sand-
filled region by the first foam front. By 1.3 PV, the
average aqueous-phase saturation in the sand is about
0.10 and desaturation is complete.

Communicating layers, heterogeneous face injection.
The configuration is similar to the first case, except that
the heat-shrink Teflon is absent from the sandstone. The
sandstone and the sand are thereby in capillary
communication and free to exchange fluid along the
length of the sandstone. Figure 7 shows typical
saturation fields derived from CT data. Again a white
shading indicates no water and black indicates fully
water saturated. The saturation images for dimensionless
distances of 0.29 and 0.35 (0.19 and 0.225 m) show that
the water saturation distribution is fairly low and
uniform, but not equal in each porous medium. From the
saturation distributions at x/L equal to 0.40 and 0.45 (26
and 29.5 cm), it is obvious that the foam front lies
between these positions. It also appears that the foam in
both porous media moves at roughly the same velocity.
This point becomes clear when saturation profiles along
the length of the core are plotted.

Figure 8 presents the results of the displacement
in a fashion similar to that in Fig. 6. Sandstone
saturation profiles are given in Fig. 8a and sand profiles
in Fig. 8b. Again, strong and steep displacement fronts
in both the sandstone and sand are witnessed. Foam
effectively desaturates each layer. In contrast to Fig. 6,
the displacement fronts in each porous medium move at
the same rate. At times of 0.25, 0.33, and 0.41 PV, the
front position is 0.3, 0.4, and 0.45, respectively. At the
shortest time of 0.08 PV, displacement fronts do not
coincide exactly. This is likely due to differing rates of
net foam generation near the beginning of each region.

Displacement fronts that move with identical
velocity in communicating heterogeneous zones is also
the expected result for the propagation of unfoamed
gas20 if the effect of gravity is minimal. The striking
result is the degree of displacement in the low
permeability sandstone.

Noncommunicating layers, homogeneous face
injection. In this the third case, gas is injected into the
saturated porous medium from the side completely filled
with sand. Flow across the cylindrical face of the
sandstone is again prohibited by the Teflon jacket
barrier.

Figure 9 shows the saturation profiles. In the
initial homogeneous section, gas enters the sand, a foam
is generated, and displacement of foamer solution from
the sand is quite efficient. Foam generation is rapid as a
strong displacement front is seen even at 0.15 PV. At
roughly 0.54 PV, the foamed gas first enters the
sandstone. Again, the foamed gas moves more quickly
through the low permeability sandstone than it does
through the more permeable sand. The leading edge of
the displacement front is at x/L equal to 0.7 in the
sandstone and at 0.6 in the sand after 0.7 PV of total gas
injection. At 0.85 PV of injection, front positions are
roughly 0.85 and 0.75 in the sandstone and sand,
respectively. Consistent with this observation, gas
breakthrough occurs from the sandstone first.

Initially, foam displacement in the sandstone is
not as efficient as in the earlier two cases. Examining
the saturation profiles at 0.7, 0.85, and 1.1 PV, we find
that the height of the displacement front grows from 0.3
to over 0.6 saturation units.

Communicating layers, homogeneous face injection.
Figure 10 reports the saturation profiles obtained during
gas injection into the homogeneous sand-filled side with
capillary communication between the sandstone and
sand. Displacement from both the sand and the
sandstone is excellent at all time levels. As in the second
case where cross flow occurs, saturation fronts move at
the same speed in each layer. It is seen by comparing
Figs. 10a and 10b that front positions at times of 0.63,
0.74, and 0.88 PV are equal and correspond to x/L equal
to 0.65, 0.75, 0.85, respectively.

Discussion
Prior to discussing the flow behavior measured here, it is
helpful to consider briefly the integrity of the teflon
jacket. If stretched, gas might channel between the
sandstone and the jacket. Fortunately, there is no
evidence of such channeling. In Fig. 6 (a) it is apparent
that the foam front exits the sandstone section at roughly
0.46 PV. Careful examination of Fig. 6(b) reveals no gas
saturation downstream of  the sandstone prior to 0.46
PV. If channeling between the jacket and sandstone had
occurred, gas would have appeared quickly in the sand
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section downstream of the sandstone, and it is likely that
the strong displacement fronts found in the sandstone
would not have developed as gas channeled around the
sandstone.

The foam flow behavior discovered in each of
these cases can be rationalized by considering foam
texture (i.e., bubble size) and the effect that porous
medium capillary pressure plays in setting foam texture.
It is well established that finely textured foams, that is
foams with small average bubble size, present a larger
resistance to flow than do coarsely textured foams.21,22

In turn, bubble size is dictated by pore-level foam
generation and coalescence events.11 Foam generation
is largely a mechanical process and independent of
surfactant formulation and concentration. On the other
hand, foam collapse depends strongly on the foamer
solution. Foam lamellae are stable provided that
surfactant can stabilize the gas-liquid interface against
suction capillary pressure that seeks to thin foam films.
Hence, it is expected that the rate of foam coalescence
increases with porous medium capillary pressure. In
turn, the foam becomes more coarse. The characteristic
value of capillary pressure that a porous medium
approaches during strong foam flow is referred to as the
limiting capillary pressure, and it is set principally by
surfactant type and concentration.23

In the first case reported in Fig. 7, each porous
medium accepts whatever portion of the injected gas it
desires. Because the sand and sandstone are isolated in
the sense that cross flow is not allowed, foam is
generated and assumes a texture that is independent of
events occurring in the adjacent layers. We surmise that
in the low permeability sandstone foam is not as finely
textured as in the sand. One explanation is that
sandstone capillary pressure is larger for a given
saturation due to lower medium permeability. This
statement follows from applying the Leverett J-
function24 to both media, using the appropriate surface
tension from Fig. 4, and choosing aqueous-phase
saturations of 0.35 for the sandstone and 0.18 for the
sand (i.e., approximate saturations in the swept zone
prior to foam exiting the sandstone Thus, it appears that
capillary pressure is about 5 times larger in the
sandstone than the sand.  Since capillary pressure is
greater in the sandstone, a greater suction pressure is
exerted on foam lamellae inducing foam coalescence.
This in turn leads to a more coarsely textured foam that
is more mobile than its finely textured counterpart in the
sand.

Another explanation is that foam in the low
permeability sandstone is simply not generated to any
extent.  Friedmann et al 25, for example, describe a

weak foam that they attribute to the "leave-behind"
mechanism. In foam generation only  by  leave-behind,
very few, if any, flowing foam bubbles are ever
generated and gas mobility is reduced by a factor of
about 10 or less 25,26. In this manner, foam generates in
the sand region reducing gas mobility while there is very
little foam in the low permeability sandstone and, hence,
little mobility reduction. A problem with this
explanation, however, is that  rapid and strong foam
generation should have ensued at the permeability
discontinuity between the sandstone and sand when the
weak foam arrived at the end of the sandstone region.
This foam generation would have plugged the outlet of
the sandstone, but no evidence of such plugging is
found.

With either explanation, it is clear that gas
mobility in the sand has been reduced substantially,
foam is more finely textured in the sand than it is in the
sandstone, and water displacement from both regions is
more efficient than gas displacement without surfactant.
Hence, foamed gas progresses more rapidly through the
low permeability porous media. In either instance, gas
mobility has been lowered substantially and water
displacement is efficient.

In the situation summarized in Fig. 8, the porous
media communicate with each other across the long
cylindrical interface of the sandstone. Since the porous
media communicate, gas at the foam front minimizes its
flow resistance via foam bubble texture. When the flow
resistance in the sandstone increases, foamed gas diverts
into the sand, and vice versa. Thus, foam propagates at
an equal rate in each layer because the saturation fronts
are bound together by the necessity to maintain the
minimum flow resistance. Bubble textures in sand and
sandstone are not expected to be identical, nor are
capillary pressures. However, conditions yield nearly
identical gas mobility in both the sand and sandstone.20

In this case, the mobility is low and promotes effective
desaturation. In the cases where the heterogeneous
section is at the end of the core, similar explanations
follow.

When cross flow is prohibited between the sand
and the sandstone, each porous medium sets foam
texture and, hence, gas mobility independently.
Capillary pressure in the low permeability sandstone is
higher than in the sand, coalescence ensues, and foam in
the sandstone is more mobile than in the sections filled
with sand. If cross flow occurs, gas mobility is balanced
because high flow resistance forces gas to divert into the
adjacent layer. Foam propagates at equal rates in each
layer.

Interestingly, the transient experimental results
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shown here bear striking qualitative similarity to
previous simulation of foam behavior in heterogeneous
porous media reported elsewhere.20 We note that the
preceding qualitative arguments bear strong resemblance
to the quantitative results reported in that study.

Conclusions
An experimental study of foam generation and
propagation in heterogeneous porous media using
Fontainebleau sandstone and Ottawa sand was
performed. The contrast in permeability between high
and low permeability homogeneous zones was 67 to 1.
Despite this drastic permeability contrast and despite the
fact that high permeability zones typically lead to gas
channeling, foamed gas is diverted to low permeability
channels in these experiments. In this regard, the foam
generated in these experiments can be regarded as
strong. Foam effectively desaturates both the high
permeability and low permeability portions of the
experimental setup and desaturation is complete
following roughly 1 PV of gas injection. This result is
found for systems that both permit and prohibit cross
flow.

Foam in heterogeneous systems appears to be
self regulating in that gas mobilities in each porous
medium equalize when layers communicate and nearly
equalize in noncommunicating systems. Similar efficient
diversion and desaturation is likely in heterogeneous,
layered field situations provided that foam is tolerant of
the presence of oil. Also, the capillary pressure of each
layer must be less than the critical capillary pressure for
foam coalescence.

In general, it is observed that when permeability
heterogeneities communicate and there is fluid cross
flow that foam displacement fronts move at equal
velocity in each zone. When cross flow is prohibited by
an impermeable barrier, rapid foam propagation and
desaturation of the low permeability zone is witnessed.

Nomenclature
L =length of core holder, L, m
Sw = aqueous phase saturation, dimensionless
x =axial position, L, m

Acknowledgement
This work was supported by the Assistant Secretary for
Fossil Energy, Office of Oil, Gas, and Shale
Technologies of the U.S. Department of Energy under
Contract No. DE-FG22-96BC14994 to Stanford
University. Likewise, the support of the SUPRI-A

Industrial Affiliates is acknowledged.
    A. R. Kovscek acknowledges the donors of the
Petroleum Research Fund, administered by the
ACS, for partial support of this research. H. J.
Bertin acknowledges NATO and Institut Francais
du Petrole for supporting his sabbatical at Stanford.

References
1. Patzek, T.W. and M.T. Koinis: "Kern River Steam-

Foam Pilots," JPT  (Apr 1990) 42, No. 4,  496-503.
2. Djabbarah, N.F., S.L. Weber, D.C. Freeman, J.A.

Muscatello, J.P. Ashbaugh, and T.E. Covington:
"Laboratory Design and Field Demonstration of
Steam Diversion with Foam," paper SPE 20067,
presented at the 60th California Regional Meeting,
Ventura Apr 4-6, 1990.

3. Mohammadi, S.S., D.C. Van Slyke, and B.L.
Ganong: "Steam-Foam Pilot Project in Dome-
Tumbador, Midway-Sunset Field," SPE Reservoir
Engineering  (Feb 1989) 4, No. 1,  7-16.

4. Hoefner, M.L., E.M. Evans, J.J. Buckles, and T.A.
Jones: "CO2 Foam: Results from Four
Developmental Field Trials," paper SPE/DOE
27787, presented at SPE/DOE Ninth Symposium on
Improved Oil Recovery, Tulsa, Oklahoma April 17-
20, 1994.

5. Friedmann, F., T.L. Hughes, M.E. Smith, G.P. Hild,
A. Wilson, and S.N. Davies: "Development and
Testing of a New Foam-Gel Technology to Improve
Conformance of the Rangely-CO2 Flood," paper
SPE 38837, presented at SPE Ann. Tech. Conf. and
Exhibition, San Antonio, TX Oct 5-8, 1998.

6. Aarra, M.G., A. Skauge, S. Sognesand, and M.
Stenhaug: "A Foam Pilot Test Aimed at Reducing
Gas Inflow in a Production Well at the Oseberg
Field," Petroleum Geoscience  (1996) 2, No.  125-
132.

7. Hirasaki, G.J., C.A. Miller, R. Szafranski, J.B.
Lawson, and N. Akiya: "Surfactant/Foam Process
for Aquifer Remediation," paper SPE 37257,
presented at SPE International Symposium on
Oilfield Chemistry, Houston, TX Feb 18-21, 1997.

8. Hirasaki, G.J., C.A. Miller, R. Szafranski, J.B.
Lawson, D. Tanzil, R.E. Jackson, J. Londergan, and
H. Meinardus: "Field Demonstration of the
Surfactant/Foam Process for Aquifer Remediation,"
paper SPE 39393, presented at SPE Ann. Tech.
Conf. and Exhibition, San Antonio, TX Oct 5-8,
1997.



125

9. Kovscek, A.R. and C.J. Radke: "Fundamentals of
Foam Transport in Porous Media", Foams in the
Petroleum Industry, L.L. Schramm, Editor. ,
American Chemical Society, Washington, D.C.
(1994) p. 115-163.

10. Rossen, W.R.: "Foams in Enhanced Oil Recovery",
Foams:  Theory, Measurmeents and Applications,
R.K. Prud’homme and S. Khan, Editors (1995).

11. Chambers, K.T. and C.J. Radke: "Capillary
Phenomena in Foam Flow Through Porous Media",
Interfacial Phenomena in Petroleum Recovery, N.R.
Morrow, Editor. , Marcel Dekker Inc., New York
(1991) p. 191-255.

12. Casteel, J.F. and N.F. Djabbarah: "Sweep
Improvement in CO2 Flooding by Use of Foaming
Agents," SPE Reservoir Engineering  (Nov 1988) 3,
No. 4 1186-1192.

13. Robin, M.: "Laboratory Evaluation of Foaming
Additives Used to Improve Steam Efficiency," paper
SPE 16729, presented at the 62nd Annual Technical
Conference and Exhibition of the Society of
Petroleum Engineers, Dallas Sep 27-30, 1987.

14. Llave, F.M., F.T.-H. Chung, R.W. Louvier, and
D.A. Hudgins: "Foams as Mobility Control Agents
for Oil Recovery by Gas Displacement," paper
SPE/DOE 20245, presented at the SPE/DOE
Seventh Symposium on Enhanced Oil Recovery,
Tulsa, Oklahoma April 22-25, 1990.

15. Yaghoobi, H. and J.P. Heller: "Effect of Capillary
Contact on CO2-Foam Mobility in Heterogeneous
Core Samples," paper SPE 35169, presented at the
Permian Basin Oil and Gas Recovery Conf.,
Midland, TX March 27-29, 1996.

16. Kovscek, A.R., T.W. Patzek, and C.J. Radke: "A
Mechanistic Population Balance Model for
Transient and Steady-State Foam Flow in Boise
Sandstone," Chemical Engineering Science  (1995)
50, No. 23,  3783-3799.

17. Fergui, O., M. Quintard, and H. Bertin: "Transient
Aqueous Foam Flow in Porous Media: Experiments
and Modeling," J. Pet. Sci. & Eng (1997) 20, No
1/2, 9-30.

18. Burger, J.: Personal Communication , Stanford
University  (1996).

19. Akin, S., M.R.B. Demiral, and E. Okandan: "A
Novel Method of Porosity Measurement Utilizing
Computerized Tomography," In Situ  (1996) 20, No.
4,  347-365.

20. Kovscek, A.R., T.W. Patzek, and C.J. Radke:
"Mechanistic Foam Flow Simulation in
Heterogeneous Multidimensional Porous Media,"

SPEJ  (Dec 1997) 2, No. 4,  511-526.
21. Hirasaki, G.J. and J.B. Lawson: "Mechanisms of

Foam Flow in Porous Media: Apparent Viscosity in
Smooth Capillaries," SPEJ  (Apr 1985) 25, No. 2,
176-190.

22. Falls, A.H., J.J. Musters, and J. Ratulowski: "The
Apparent Viscosity of Foams in Homogeneous
Beadpacks," SPERE  (May1989) 4, No. 2,  155-
164.

23. Khatib, Z.I., G.J. Hirasaki, and A.H. Falls: "Effects
of Capillary Pressure on Coalescence and Phase
Mobilities in Foams Flowing Through Porous
Media," SPERE  (Aug 1988) 3, No. 3,  919-926.

24. Leverett, M.C.: "Capillary Behavior in Porous
Solids," Trans. AIME  (1941) 142, No.  152-169.

25. Friedmann, F., W.H. Chen, and P.A. Gauglitz:
"Experimental and Simulation Study of High-
Temperature Foam Displacement in Porous
Media," SPEJ  (Feb1991) 6, No. 1,  37-45.

26. Ransohoff, T.C. and C.J. Radke: "Mechanisms of
Foam Generation is Glass-Bead Packs," SPERE
(Aug 1988) 3, No. 2,  573-585.

                                                                                         
H. J. Bertin is a CNRS (National Center for Scientific
Research) researcher at LEPT-ENSAM (University of
Bordeaux, France). His interests are in fluid mechanics
in porous media with applications in petroleum
engineering (EOR, heterogeneity) and environmental
problems (dispersion of pollutants in aquifers). He holds
a PhD degree in Mechanical Engineering from the
University of Bordeaux.. email: bertin@lept-ensam.u-
bordeaux.fr O. G. Apaydin, obtained his B.S. in
Petroleum Engineering from Istanbul Technical
University in 1995.  He then  obtained an MS. degree
from Stanford University in 1998. Currently he works
for Geoquest Reservoir Technologies in Denver. His
responsibilities include development of a Reservoir
management course. email: oga@pop.denver.
geoquest.slb.com. L. M. Castanier is Technical
Manager of Stanford University Petroleum Research
Institute,  Thermal Recovery Group (SUPRI-A). He
holds a B.S. from University of Tolouse in mathematics
and physics, an engineeringdegree in fluid mechanics
from the National Superior School of Fluid Mechanics,
and a Ph.D. degree from the National Polytechnical
Institute in Tolouse. email: louis@pangea.stanford.edu.
A.R. Kovscek SPE, is an assistant professor of
petroleum engineering at Stanford U., Department of
Petroleum Engineering, Stanford University, Stanford,
CA 94305-2220, email: kovscek@pangea.stanford.edu.
His interests include fluid and heat flow in tight
fractured rocks and foams for mobility control of gas



126

injection processes. Before joining Stanford, he worked
in the Earth Sciences Division of Lawrence Berkeley
National Laboratory. He holds a Ph. D. from the
University of California, Berkeley and a B.S. from the
University of Washington. Both degrees are in Chemical
Engineering



127

Gas

Gas

36.8 cm

65 cm
Porosity

0.1 - 0.15
0.15 - 0.2
0.2 - 0.25
0.25 - 0.3
0.3 - 0.35
0.35 - 0.4

(sand)

(Fontainbleau
sandstone)

                        Figure 1: Reconstruction of porosity distribution in heterogeneous porous medium.
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136

0

0.2

0.4

0.6

0.8

1
aq

ue
ou

s 
ph

as
e 

sa
tu

ra
ti

on
, S

w

0.52 PV

0.63 PV

0.74 PV
0.88 PV

1.00 PV

(a)

0

0.2

0.4

0.6

0.8

1

0 0.2 0.4 0.6 0.8 1

aq
ue

ou
s 

ph
as

e 
sa

tu
ra

ti
on

, S
w

distance(x/L)

0.08 PV

0.16 PV

0.25 PV

0.36 PV

0.44 PV

0.52 PV

0.63 PV

0.74 PV
0.88 PV

1.00 PV

(b)

Figure 10: Transient aqueous phase saturation profiles for displacement with cross flow: (a)
sandstone and (b) sand regions.



137

3.2 MECHANISTIC FOAM FLOW SIMULATION IN HETEROGENEOUS AND
MULTIDIMENSIONAL POROUS MEDIA
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Mechanistic Foam Flow Simulation in Heterogeneous and
Multidimensional Porous Media

 (Anthony R. Kovscek, Tadeusz W. Patzek, and Clayton J. Radke)

Gases typically display large flow mobilities in porous media relative to oil or water, thereby
impairing their effectiveness as displacing fluids. Foamed gas, though, is a promising agent for
achieving mobility control in porous media. Because reservoir-scale simulation is a vital
component of the engineering and economic evaluation of any enhanced oil recovery (EOR) or
aquifer remediation project, efficient application of foam as a displacement fluid requires a
predictive numerical model. Unfortunately, no such model is currently available for foam
injection in the field where flow is multidimensional and the porous medium is heterogeneous.

We have incorporated a conservation equation for the number density of foam bubbles into a
fully implicit, three-dimensional, compositional, and thermal reservoir simulator and created a
fully functional, mechanistic foam simulator. Because foam mobility is a strong function of
bubble texture, the bubble population balance is necessary to make accurate predictions of foam-
flow behavior. Foam generation and destruction are included through rate expressions that
depend on saturations and surfactant concentration. Gas relative permeability and effective
viscosity are modified according to the texture of foam bubbles. In this paper, we explore foam
flow in radial, layered, and heterogeneous porous media. Simulations in radial geometries
indicate that foam can be formed deep within rock formations, but that the rate of propagation is
slow. Foam proves effective in controlling gas mobility in layered porous media. Significant
flow diversion and sweep improvement by foam are predicted, regardless of whether the layers
are communicating or isolated.

Introduction

Field application of foam is a technically viable enhanced
oil recovery (EOR) process as demonstrated by steam-foam
field studies1-4 and  recent nonthermal application of foam
in the Norwegian sector of the North Sea5, 6. Foam can
mitigate gravity override of oil-rich zones and/or selective
channeling through high permeability streaks, thereby
improving volumetric displacement efficiency .

For example, Patzek and Koinis1 report that two
different pilot studies in the Kern River Field (Kern Co.,
California) showed major incremental oil-recovery response
after about two years of foam injection. They report
increased production of 5.5 to 14% of the original oil in
place (OOIP) over a five year period. Djabbarah et al.2

report improved vertical and areal sweep efficiency in the
South Belridge Field (Kern Co., California) and an
incremental oil production of 183,000 B from two,
contiguous, ten-acre, inverted, nine-spot patterns following
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a foam injection period of about 1 year. Friedmann et al.3

report more even injection profiles with steam foam, in-situ
foam generation, and foam propagation in rock formations.

Efficient application and evaluation of candidates for
foam EOR processes, though, requires a predictive
numerical model of foam displacement. A mechanistic
model would also expedite scale-up of the process from the
laboratory to the field. No mechanistic, field-scale model for
foam displacement is currently in use.

The population-balance method for modeling foam in
porous media7, 8 is mechanistic and incorporates foam into
reservoir simulators in a manner that is analogous to energy
and species mass balances7, 8. Accordingly, a separate
conservation equation is written for the concentration of
foam bubbles. This simply adds another component to a
standard n-component compositional simulator.

Until recently, the population balance method has only
been used to model steady-state results in glass beadpacks7

and Berea sandstone9 or to predict transient flow10, 11, but
not both. Previously, we presented the results of an
extensive experimental and simulation study of transient and
steady foam flow in one-dimensional porous media12,13.
This initial work detailed the development of a mechanistic
model for foam displacement that was easily implemented,
fit simply into the framework of current reservoir
simulators, and employed a minimum of physically
meaningful parameters. Propagation of foam fronts within
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Boise sandstone was tracked experimentally and simulated
successfully under a variety of injection modes and initial
conditions13, 14.

This paper extends our foam displacement model to
multidimensional, compositional, and nonisothermal
reservoir simulation. For numerical stability and to
accommodate the long time steps necessary for successful
reservoir-scale simulation, a fully implicit backward-
differencing scheme is used. The simulator employs
saturation and surfactant concentration dependent rate
expressions for lamella formation and destruction. Lamella
mobilization is similarly included.

Our objectives are to show that not only is population-
balance-based simulation of foam displacement possible in
multidimensional heterogeneous porous media, but also
highly instructive in regard to the physics of foam
displacement. We consider geometrically simple,
isothermal, oil-free systems. This allows easy comparison
with our previous experimental and simulation results12, 13.
Numerous verification exercises are performed to discover
the role foam plays in gas displacement through zones of
contrasting permeability and to highlight the interplay of
foam-bubble texture and gas mobility.

Foam in Porous Media. Foam microstructure in porous
media is unique15. Accordingly, to model gas mobility it is
important to understand foamed-gas microstructure12. In
water-wet porous media, the wetting surfactant solution
remains continuous, and the gas phase is dispersed.
Aqueous liquid completely occupies the smallest pore
channels where it is held by strong capillary forces, coats
pore walls in the gas-filled regions, and composes the
lamellae separating individual gas bubbles. Only minimal
amounts of liquid transport as lamellae. Most of the aqueous
phase is carried through the small, completely liquid-filled
channels. Gas bubbles flow through the largest, least
resistive pore space while significant stationary bubbles
reside in the intermediate-sized pore channels where the
local pressure gradient is insufficient to sustain mobilized
lamellae.

Foam reduces gas mobility in two manners. First,
stationary or trapped foam blocks a large number of
channels that otherwise carry gas. Gas tracer studies11, 16

show that the fraction of gas trapped within a foam at steady
state in sandstones is quite large and lies between 85 and
99%. Second, bubble trains within the flowing fraction
encounter significant drag because of the presence of pore
walls and constrictions, and because the gas/liquid
interfacial area of a flowing bubble is constantly altered by
viscous and capillary forces17, 18. Hence, foam mobility
depends strongly on the fraction of gas trapped and on the
texture or number density of foam bubbles.

Bubble trains are in a constant state of rearrangement by
foam generation and destruction mechanisms15. Individual
foam bubbles are molded and shaped by pore-level making
and breaking processes that  depend strongly on the porous
medium9, 15. To account for foam texture in a mechanistic
sense, foam generation and coalescence must be tracked
directly. Additionally, bubble trains halt when the local
pressure gradient is insufficient to keep them mobilized, and
other trains then begin to flow. Bubble trains exist only on a
time-averaged sense. More detailed summaries of the pore-

level distribution of foam, and the mechanisms controlling
texture are given in refs. 12 and 15.

Modeling Foam Displacement

A variety of empirical and theoretical methods for modeling
foam displacement are available in the literature. These
range from population-balance methods7, 8, 10, 11, 13, 19, 20

to percolation models21-25 and from applying so-called
fractional flow theories26, 27 to semi-empirical alteration of
gas-phase mobilities1, 28-34. Of these four methods, only
the population balance method and network or percolation
models arise from first principles.

Population-Balance Method. The power of the population-
balance method lies in addressing directly the evolution of
foam texture and, in turn, reduction in gas mobility. Gas
mobility is assessed from the concentration or texture of
bubbles. Further, the method is mechanistic in that well-
documented pore-level events are portrayed in foam
generation, coalescence, and constitutive relations. Most
importantly, the population balance provides a general
framework where all the relevant physics of foam
generation and transport may be expressed.

We chose the population-balance method because of its
generality and because of the similarity of the equations to
the usual mass and energy balances that comprise
compositional reservoir simulation. Only a brief summary of
the method is given here as considerable details of our
implementation are available in the literature12-14.

The requisite material balance on chemical species i
during multiphase flow in porous media is written as
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+ ∇ •
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F i, j
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where ϕ is the porosity, S is the saturation of phase j, C is
the molar concentration of species i in phase j, Γ is the
adsorption of species i from phase j in units of moles per
void volume,   

r 
F is the vector of combined convective and

diffusive flux of species i in phase j, and q is a rate of
generation of i in phase j per unit volume of porous
medium. To obtain the total mass of species i, we sum over
all phases j.

In the foam bubble population balance, Sfnf replaces
SiCi,j where nf is the number concentration or number
density of foam bubbles per unit volume of flowing gas and
Sf is the saturation of flowing gas. Hence, the first term of
the time derivative is the rate at which flowing-foam texture
becomes finer or coarser per unit rock volume. Since foam
partitions into flowing and stationary portions, Γ becomes
Stnt where St and nt are the saturation of the stationary gas
and the texture of the trapped foam per unit volume of
trapped gas, respectively. Thus, the second term of the time
derivative gives the net rate at which bubbles trap. Trapped
and flowing foam saturation sum to the overall gas
saturation, Sg = Sf + Sg. The second term on the left of Eq.
(1) tracks the convection of foam bubbles where the flux,
  
r 
F , is given by   u f nf , and   u f  is the Darcy velocity of the
flowing foam. We neglect dispersion. Finally, q becomes the
net rate of generation of foam bubbles. Within the above
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framework, foam is a component of the gas phase and the
physics of foam generation and transport become amenable
to standard reservoir simulation practice.

The net rate of foam generation:

  
q f = ϕSg k1 |

r 
v w ||

r 
v f |1/ 3 −k−1 |

r 
v f | nf[ ] (2)

is written per unit volume of gas. In the simulations to
follow, we do not inject pregenerated foam and so we do
not require a source/sink term for bubbles. Interstitial
velocities, i.e.,   

r 
v i =

r 
u i /ϕSi , are local vector quantities that

depend on the local saturation and total potential gradient,
including gravity and capillary pressure. Foam generation is
taken as a power-law expression that is proportional to the
magnitude of the flux of surfactant solution multiplied by
the 1/3 power of the magnitude of the interstitial gas
velocity. The liquid-velocity dependence originates from the
net imposed liquid flow through pores occupied by both gas
and liquid, whereas the gas-velocity dependence arises from
the time for a newly formed lens to exit a pore35. Snap-off
is sensibly independent of surfactant properties consistent
with its mechanical origin15. The proportionality constant
reflects the number of foam germination sites. Intuitively,
the number of snap-off sites falls with decreasing liquid
saturation. However, k1 is taken as a constant here. The
generation rate expression does vary implicitly with liquid
saturation through the gas and liquid velocities.

 To prevent coalescence of newly formed gas bubbles, a
surfactant must stabilize the gas/liquid interface. Foam
lamellae form given sufficient suction capillary pressure and
a stabilizing surfactant. However, too high of a suction-
capillary pressure will overcome the stabilizing influence of
surfactant and collapse a lamella15. A flowing lamella is
vulnerable to breakage in termination sites as it flows into a
divergent pore space where it is stretched rapidly. If
sufficient time does not elapse for surfactant solution to flow
into a lamella and heal it, coalescence ensues36.

Equation (2) shows that foam lamellae are destroyed in
proportion to the magnitude of their interstitial flux,   v f nf ,
into such termination sites. The coalescence rate constant,
k-1, varies strongly with the local capillary pressure and
surfactant formulation. It is given by

k−1 = k−1
o Pc

Pc
* − Pc
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where the scaling factor, k0

-1 is taken as a constant and P*

c is
the limiting capillary pressure for foam coalescence37.

The "limiting capillary pressure," P*

c, as identified by
Khatib et al.37,  refers to the characteristic value of capillary
pressure that a porous medium approaches during strong
foam flow. It is set primarily by surfactant formulation and
concentration. Highly concentrated foamer solutions and
robust surfactants lead to a high P*

c.  In situations where
surfactant transport is transient, we expect P*

c to vary locally
with surfactant concentration. The experimental work of
Aronson et al.38 suggests the following functional form for
P*

c
 versus surfactant concentration of robust foamer

solutions:
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where P*

c,max is a limiting value for P*

c and C0

s is a reference
surfactant concentration for strong net foam generation.

In the simulations of heterogeneous porous media to
follow, we assume that P*

c is independent of absolute
permeability. Foam-lamella coalescence is determined
mainly by the rupture capillary pressure of isolated lamellae
which, in turn is set by the concentration and type of
surfactant, and not the nature the porous medium36.
Equations (3) and (4) correctly predict that at high capillary
pressures or for ineffective foamer solutions k-1 is quite
high37, 38. The foam coalescence rate approaches infinity as
the porous medium capillary pressure approaches P*

c. We
also assume geometric similarity between layers of differing
permeability. Thus, for a uniform liquid saturation in the
heterogeneous medium, foam is more vulnerable to
breakage in the low permeability zones because Pc scales
inversely as the square root of the absolute permeability
according to the Leverett J-function39.

In addition to bubble kinetic expressions, the mass
balance statements for chemical species demand constitutive
relationships for the convection of foam and wetting liquid
phases. Darcy’s law is retained, including standard
multiphase relative permeability functions. However, for
flowing foam, we replace the gas viscosity with an effective
viscosity relation for foam. Since flowing gas bubbles lay
down thin lubricating films of wetting liquid on pore walls,
they do not exhibit a Newtonian viscosity. We adopt an
effective viscosity relation that increases foam effective
viscosity as texture increases, but is also shear thinning

  

µ f = µg +
αnf

|
r 
v f |1/ 3 (5)

where α is a constant of proportionality dependent mainly
upon the surfactant system. In the limit of no flowing foam
we recover the gas viscosity. This relation is consistent with
the classical result of Bretherton40 for slow bubble flow in
capillary tubes (see also, refs. 17, 18, 41, 42).

Finally, stationary foam blocks large portions of the
cross-sectional area available for gas flow and, thus must be
accounted for to determine gas flux. Since the portion of gas
that actually flows partitions selectively into the largest,
least resistive flow channels, we adopt a "Stone-type"
relative permeability model43 that, along with effective
viscosity, specifies gas-phase flow resistance. Because
wetting aqueous liquid flows in the smallest pore space, its
relative permeability is unaffected by the presence of
flowing and stationary foam in accordance with the
experimental results of refs. 44-48. Since flowing foam
partitions selectively into the largest pore space, the relative
permeability of the nonwetting flowing gas is a function of
only Sf. Consequently, gas mobility is much reduced in
comparison to an unfoamed gas propagating through a
porous medium, because the fraction of gas flowing at any
instant is quite small11, 16.

Compositional Foam Simulator
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Our starting point for multidimensional foam simulation is
M2NOTS (Multiphase Multicomponent Nonisothermal
Organics Transport Simulator), a nonisothermal, n-
component, compositional simulator capable of handling
three-phase flow in response to viscous, gravity, and
capillary forces42. It is a compositional extension of
TOUGH243, 44 and uses the integral finite difference
method (IFDM) to discretize the flow domain (cf., ref. 52). 

Spatial gradients are calculated in a manner
identical to the classic block-centered finite difference
method. Flow mobilities are upstream weighted except for
the absolute permeability between blocks of differing
permeability. These are based on harmonic weighting.

A cubic equation of state represents the thermodynamic
properties of the gas phase, which for nitrogen gas at the
temperatures and pressures simulated here reduces to an
ideal gas. The method of corresponding states describes the
oil phase. The International Steam Tables provide the
properties of the aqueous phase45. The simulator has been
used successfully to model the deposition and clean up of
petroleum hydrocarbons from soils and groundwater42.

We treat foam bubbles as a nonchemical component of
the gas phase. Thus, the additional transport equation for
foam-bubble texture described above is added to the mass
balances for water, gas, and n organic components. The
discretized foam-bubble equation is fully implicit with
upstream weighting of the gas-phase mobility consistent
with all other chemical species. Surfactant is simply an
organic component that is highly soluble in water. In each
grid block, the magnitude of the vectors representing the
interstitial gas and liquid velocities are used to compute
foam generation and coalescence rates from Eq. (2). The
magnitude of each velocity is obtained by first summing the
flow of each phase into and out of a grid block in the three
orthogonal directions. Then the arithmetic average for each
direction is calculated and the magnitude of the resultant
vector used to calculate foam generation and coalescence
rates. The gas velocity is similarly computed for the shear-
thinning portion of the foam effective viscosity.

Numerical values of the population balance parameters
are determined from steady-state measurements in one-
dimensional linear flow. Steady-state flow trends,
saturation, and pressure drop profiles are matched. These
can all be obtained within one experimental run. The suite of
foam displacement parameters do not need to be adjusted to
accommodate different types of transient injection or initial
conditions. Parameter values used here are taken from ref.
13 and apply specifically to very strong foams in the
absence of oil and under isothermal conditions.

Numerical Model Results

Because there are numerous initial conditions, modes of
injection, and multidimensional geometries of interest, we
present the results from several carefully chosen illustrative
examples. First, we compare simulator predictions against
experimental results for the simultaneous injection of
nitrogen and foamer solution into a linear core presaturated
with surfactant solution. Second, foam flow in
heterogeneous,  noncommunicating and communicating
linear layers is considered. The layers are again assumed to
be presaturated with surfactant. Next, we simulate the one-

dimensional radial flow of foam and consider two different
initial conditions. In one case, the porous medium is initially
free of surfactant, while in the following case, it is initially
saturated with surfactant solution. Here, we focus on the
evolution of gas mobility as foam flows outward radially.
Finally, we present simulations of surfactant and gas
coinjection into a 2.5-acre five-spot pattern that is initially
free of surfactant. To avoid confusion between foam
formation, surfactant propagation and adsorption, foam-oil
interaction, and partitioning of surfactant into the oil phase,
we choose a porous medium that does not adsorb surfactant
and never contains any oil. In all simulations, the rock is
initially filled with the aqueous phase, Sw = 1. Nitrogen and
foamer solution are coinjected simultaneously. Thus, we
focus attention on foam formation, coalescence, transport,
and reduction of gas mobility.

Linear Core. In the first example, nitrogen is injected
continuously into a linear core of length 0.60 m at a rate of
0.43 m/day relative to the exit pressure of 4.8 MPa. Foamer
solution is also injected continuously at 0.046 m/day to give
a quality or gas fractional flow of 0.90 at the core exit. The
medium is initially filled with surfactant solution. These
flow rates and initial conditions correspond exactly to our
previous experiments conducted in a 1.3-d Boise sandstone
with a length of 0.60 m 12, 13. The foamer is a saline
solution (0.83 wt% NaCl) with 0.83 wt% active Bioterg AS-
40, a C14-16 alpha olefin sulfonate, available from Stepan
Chemical Company.
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Fig. 1—Experimental and model transient aqueous-
phase saturation profiles for 1-d displacement.

Figures 1 and 2 display the transient experimental and
simulated saturation and pressure profiles, respectively.
Figure 3 displays the foam texture profiles. Theoretical
results are represented by solid lines. Dashed lines simply
connect the individual data points. Elapsed time is given as
pore volumes of total fluid injected, that is, as the ratio of
total volumetric flow rate at exit conditions multiplied by
time and divided by the core void volume.

Steep saturation fronts are measured and predicted at all
time levels in Fig. 1 whereby aqueous-phase saturation
upstream of the front is roughly 30% and downstream it is
100%. Model fronts are somewhat steeper and sharper than
those measured experimentally, but the theoretical saturation
profiles track experimental results very well. From the
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saturation profiles it is apparent that foam moves through
the core in a piston-like fashion. Note that the simulation
displays little numerical dispersion.

Even though nitrogen and surfactant solution are injected
separately, rapid foam generation and liquid desaturation
occur at the core inlet. A region of net foam generation near
the inlet is clearly evident in the transient pressure profiles
of Fig. 2. Both the experiments and calculations show that
pressure gradients near the inlet are shallow, indicating that
flow resistance is small and foam textures are coarse
consistent with the injection of unfoamed gas. Steep
pressure gradients are found downstream of the inlet region.
These steep pressure gradients confirm the existence of a
strong foam piston-like front moving through the core.
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Fig. 3—Model transient flowing-foam texture profiles for
1-d displacement.

Figure 3 reports the predicted foam texture as a function
of dimensionless distance and time. We find a coarsely
textured foam near the inlet. Beyond the first fifth of the
core, foam texture becomes very fine and nearly constant at
each time level until it rises and peaks immediately before
the front. High pressure gradients and fine foam textures are
seen where liquid saturation is low and vice versa. No
method currently exists to measure in situ foam texture
directly. However, the predicted effluent bubble textures do
match the bubble size of foams exiting a similar Berea
sandstone9, 19.

One interesting feature of Fig. 3 is the elevation of foam
texture near the foam front above that in steady-state and
also that immediately upstream of the foam front. This
feature is more pronounced here than in our previous
modeling work12, 13. The difference occurs because of the
switch from an IMPES (implicit pressure explicit saturation)
method with explicit upstream weighting of fluid mobilities
to a fully implicit scheme. Physically, foam texture is fine at
the foam front because the aqueous-phase saturation
increases from roughly 0.30 to 1. For high aqueous-phase
saturation,  Eq. (3) gives a very low foam coalescence rate.
At the same time, interstitial liquid and gas rates are high
resulting in a large rate of net foam generation. Setting Eq.
(2) to zero and solving for the value of the local equilibrium
foam texture indeed shows that texture can be quite high at
the foam front. Because this intensive foam generation is
confined to a very small region, pressure gradients at the
foam front are affected negligibly, as displayed in Fig. 2.
Further, as this result appears to be physical, we make no
attempt to suppress it.

Gas compressibility effects are also found in Fig. 3. At
steady state, the foam texture decreases along the latter
portion of the of the core. As they flow downstream, the
small compressible foam bubbles find themselves out of
equilibrium with the lower pressure. Consequently, bubbles
expand increasing their velocity. This increased velocity
triggers increased foam coalescence and a more coarsely
textured foam. Gas compressibility similarly accounts for
foam textures finer than the steady-state texture upstream of
the foam fronts at time levels of 0.65 and 0.80 PV.

In addition to good agreement with experiment, the
model results in Figs. 1 to 3 agree quite well with our
previous calculations13. Again, the foam displacement
parameters employed here and in the previous work are
identical. In the remaining simulations, we assume that the
fraction of gas flowing in the presence of foam is a constant
equal to 0.10. This shortens the computation time required
for multidimensional calculations by decreasing the stiffness
of the equations. The impact of the increase in foam texture
at the foam front on gas mobility is also moderated.

Heterogeneous Noncommunicating Linear Layers. In
this section, we consider the case of two linear layers with
different permeabilities and without cross flow. Both layers
are initially filled with foamer solution as in the previous
case. This geometry applies to a reservoir with continuous
impermeable shale breaks and to parallel core experiments
in the laboratory. The high permeability layer is assigned a
permeability of 1.3 d which is identical to the permeability
of the Boise sandstone cores used in our laboratory12, 13.
The permeability of the second layer is made a factor of 10
smaller, 0.13 d. Each layer is assumed to be geometrically
similar and is given the same porosity, Leverett J-
function39, and relative permeability functions. Initially,
both layers are saturated with aqueous surfactant solution.
Superficial velocities maintained in these simulations are
the same as in the linear corefloods portrayed in Figs. 1 - 3.
The system length is set at 0.60 m to allow direct
comparison with these corefloods. Continuity of pressure is
maintained at the inlet and outlet. Otherwise, each layer
accepts whatever portion of the injected fluids it desires.
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It is useful to begin by considering the effect that foam
has on reapportioning the production from each layer.
Figure 4 displays as solid lines the fraction of the original
water displaced from each layer as a function of the time.
The small amounts of surfactant solution injected with the
gas are not included in the produced volume. Time is again
given nondimensionally by the total pore volumes injected.
Also, injection of nitrogen at 0.48 m/day in the absence of
surfactant is shown with dashed lines as a reference case.
For the unfoamed gas injection, little liquid is produced
from the low permeability layer. Although the displacement
of water from the high permeability layer is initially rapid,
gas quickly moves through the 1.3-d layer and the
production rate declines after only 0.2 PV. Nitrogen is very
mobile relative to water making it an exceptionally poor
displacement fluid. Foaming the nitrogen has a dramatic
effect. Production from both layers is maintained for about a
pore volume of injection indicating that foam provides
efficient displacement in both the high and low permeability
layers. Production stops at 1 PV because the displacement is
essentially complete in 1 PV.
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Fig. 4—Fraction of the initial water displaced by foamed
gas and unfoamed gas as a function of time from two
isolated layers.

The improvement of diversion with foam is seen quite
strikingly in Fig. 5 which gives the simulated saturation
profiles in each layer as a function of time. In the high-
permeability-layer saturation profile shown in Fig. 5a, the
foam front initially moves more quickly than in the low
permeability layer as illustrated in Fig 5b. However, at 0.44
PV the foam displacement fronts in each layer are
positioned at approximately x/L equal to 0.55. By examining
the displacement fronts at 0.66 PV, we find that the front in
the low permeability layer is actually ahead of the front in
the high permeability layer. Foam breakthrough occurs first
in the low permeability layer. Again, these are very efficient
displacements because we began with  the porous medium
saturated with surfactant solution and use strong foam
displacement parameters characteristic of AOS 1416 in oil-
free porous media.

Another interesting feature of Fig. 5 is the steady-state
aqueous-phase saturation in each layer. Because the layers
are isolated, the strong foam generated in each layer causes
the capillary pressure of each layer to approach P*

c. The
aqueous-phase saturation at steady state in each layer is thus

set by P*

c, and the steady-state saturations are related by P*

c

through the Leverett J-function37. Hence, the 0.13-d layer
only desaturates to an Sw of about 0.38 before the limiting
capillary pressure is approached, whereas in the 1.3-d layer,
the Sw at steady state is 0.30.
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Fig. 5—Transient aqueous-phase saturation profiles for
displacement from two isolated layers.

Saturation profiles in Fig. 5 are best understood by
considering the foam texture in each layer. A finely textured
foam forms in the high permeability layer, as portrayed in
Fig. 6a leading to substantial flow resistance. Conversely,
the foam that is generated in the lower permeability layer
shown in Fig. 6b, is over an order of magnitude coarser.
Accordingly, the low permeability layer presents an overall
flow resistance comparable with that of the high
permeability layer. Roughly half of the entire gas flow is
diverted to the 0.13-d layer.

Figure 7 presents the companion pressure-drop
information for simultaneous injection of nitrogen and
foamer solution into isolated layers of differing
permeability. Pressure gradients build quickly in both layers
consistent with the rapid foam generation displayed in Fig.
6. Interestingly, the total system pressure drop is only 2/3 of
that found in the one-dimensional linear flow of Fig. 2 at
these same superficial velocities. Because the foam texture
in both layers of Fig. 6 is substantially less than that
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predicted in Fig. 3 for one-dimensional flow, flow resistance
and pressure drop are significantly less.

Comparison of Fig. 7 with the saturation and bubble
texture profiles in Figs. 5 and 6 shows that saturation,
bubble texture, and pressure fronts track exactly as they did
in one-dimensional linear flow. Where foam texture is large,
Sw is low,  pressure gradients are large, and vice versa.
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Fig. 6—Transient flow-foam textures for displacement
from two isolated layers.

Heterogeneous Communicating Linear Layers. The
geometry, initial conditions, and flow rates employed here
are identical to those for the noncommunicating linear layer
case. However, cross-flow between the layers is allowed.
Figure 8 contrasts production of the original aqueous-phase
fluid from each layer when foam is both present (solid lines)
and absent (dashed lines). Again, we find that foam induces
significant production from the low permeability zone
compared to gas injection. Displacement in both layers is
quite efficient.

Figure 9 shows that sharp saturation fronts propagate at
equal rates in both layers. Since the layers are
communicating, gas at the foam front minimizes its flow
resistance. For example, when the local flow resistance in
the 1.3-d layer  rises, some portion  the foamed gas diverts
into the 0.13-d layer, and vice versa yielding equal
propagation rates in each layer. Saturation fronts in each
layer are, thus, bound together by the necessity to maintain

the minimum flow resistance. Likewise, this is true for
unfoamed gas. The striking feature of Fig. 9 is the efficiency
of displacement in each layer.
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Fig. 7—Transient pressure profiles for displacement
from two isolated layers.
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foamed gas and unfoamed gas as a function of time
from two isolated layers.

Prior to foam breakthrough, Sw upstream of the saturation
front in the low permeability, 0.13-d layer is larger in Fig.
9b than it is in Fig. 5b for noncommunicating layers. During
foam propagation, each layer attempts to come to the Sw
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corresponding to the limiting capillary pressure. Because
there is cross-flow and capillary connection between the
layers, water is drawn into the low permeability layer
maintaining Sw at slightly higher levels than in the
noncommunicating layers of Fig. 5b.
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Fig. 9—Transient aqueous-phase saturation profiles for
displacement from two communicating layers.

Foam breakthrough occurs just after 0.66 PV. After
breakthrough, the aqueous-phase saturation in the high
permeability layer remains constant at about 0.27. In the low
permeability layer, however, Sw slowly increases over time.
At 20 PV the average aqueous phase saturation downstream
of the inlet is 0.58. The lower permeability layer slowly
refills with water in an attempt to come into capillary
equilibrium with the high permeability layer where the
capillary pressure is much lower. Equilibrium is achieved
when Sw reaches roughly 0.87 everywhere in the low
permeability layer.

Refilling of the 0.13-d layer with foamer solution has a
dramatic effect on the foam texture over time, as shown in
Fig. 10b. Prior to foam breakthrough, foam textures are
comparable with those found in the previous cases. At 0.22
PV the bubble density in the low permeability layer
averages about 30 mm-3 in the foam-filled region. After
breakthrough and as the layer refills with water in order to
reduce its capillary pressure, the rate of foam coalescence

decreases with decreasing capillary pressure as indicated by
Eq. (3). Consequently, the net rate of foam generation
increases according to Eq. (2) as does the flowing bubble
texture. The average bubble texture between 0.66 PV and 10
PV increases by a factor of nearly 3.5. Increasing textures
indicate increasing flow resistance. As flow resistance
increases, the gas flow rate and also the foam coalescence
rate decrease exacerbating the growth in foam texture. The
texture in the high permeability layer shown in Fig. 10a is
relatively coarse in obedience with the large foam
coalescence rates caused by the high capillary pressure there
and the relatively high gas flow rates. The texture becomes
coarser with time because the high permeability layer
carries increasingly more gas that in turn increases foam
coalescence in the 1.3-d layer. In the meantime, the lower
permeability layer fills with foam. The refilling effect is
unlikely to be encountered in practical application of foam
since it only occurs after many PV of foam injection.
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Fig. 10— Transient flow-foam textures for displacement
from two communicating layers.

The pressure drop profiles shown in Fig. 11 contain
several additional interesting features. First, note the
magnitude of the pressure drops. The maximum pressure
drop displayed is roughly 200 kPa (22 psi), whereas the
identical flow rate conditions in Fig. 2 yielded a steady state
pressure drop of a little more than 1600 kPa (230 psi). The
flow resistance in the 1.3-d layer is small because foam is



 MECHANISTIC FOAM FLOW SIMULATION IN HETEROGENEOUS AND MULTIDIMENSIONAL POROUS MEDIA

146

coarsely textured there and because the gas superficial
velocity is large exploiting the shear-thinning foam
rheology. This commands a smaller net flow resistance than
that found in the linear one-dimensional and
noncommunicating layer cases. Second, the pressure drop
declines in time as the foam coarsens in the high
permeability layer. The system pressure drop at 0.66 PV is
nearly 190 kPa while at 20 PV it has declined to 140 kPa.
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Fig. 11—Transient pressure profiles for displacement
from two communicating layers.

Radial Flow. Next, we consider simultaneous injection of
nitrogen and foamer solution into a radial, one-dimensional,
homogeneous porous medium that is 1 m thick with a
radius, R, of 71.5 m and a permeability of 1.3 d. The
medium is initially saturated with surfactant-free brine.
Volumetric injection rates are 0.165 m3/day of surfactant
solution and 3.14 m3/day of nitrogen relative to the 4.8 MPa
backpressure to give a gas fractional flow of 0.95.

Figure 12 displays the radial aqueous-phase saturation
profiles as a function of time.  Dimensionless radial distance
is simply r’ = (r - rwell)/R. At short times (e.g., 0.1 PV), two
saturation fronts exist. The front that has propagated farthest
into the medium corresponds to unfoamed gas. For the 0.1
PV saturation profile, this first front is at roughly r’ = 0.7.
Little liquid is displaced by this front because gas mobility is
high in the absence of foam. The trailing front is quite steep,

sharp, and indicates efficient displacement. It arises because
of foam generation and propagation. Behind these strong
foam fronts, Sw is only about 5 saturation units above
connate saturation. The velocity of both fronts slows as they
move outward radially, as expected. Further, foam front
propagation is slow because it can move only as quickly as
surfactant propagates.
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Fig. 12—Transient aqueous-phase saturation profiles
for the radial flow of foam and surfactant.
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Fig. 13—Transient flowing-foam texture profiles
superimposed upon surfactant concentration profiles
for the radial flow of foam.

This point is better illustrated in Fig. 13 which presents
the transient bubble concentration profiles superimposed
over the surfactant concentration profiles. Foam texture is
presented with a dashed line and bubble concentrations are
located on the right y-axis. Surfactant concentration in
weight percent is given with a solid line and values are
found on the left y-axis. Foam texture is fine close to the
injector, but texture falls off quickly as foam moves out
radially and the gas and liquid velocities fall off as 1/r.
Foam texture declines abruptly where the surfactant
concentration falls to zero, because P*

c approaches zero in
the absence of surfactant and the foam coalescence rate
approaches infinity. Ahead of the surfactant front, a
continuous channel of unfoamed gas exists. It is interesting
to compare the bubble profiles in Fig. 13 with the previous
three cases, Figs. 3, 7, and 10. In the earlier examples, foam
textures immediately behind the foam fronts are elevated
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above the steady-state value and above the textures found
farther upstream. Since there was ample surfactant at the
front due to presaturation, stable foam films were generated;
since the capillary pressure at the front is relatively low, the
foam coalescence rate is low. In the radial case shown in
Fig. 13, there is no elevation in the foam texture
immediately behind the foam front. Here, the foam
coalescence rate is relatively high. The surfactant
concentration decreases to zero across the foam front
leading to low P*

c at the front according to Eq. (4) and to
large foam coalescence rates according to Eq. (3).

Figure 14 shows the radial pressure profiles as a
function of time on a semi-logarithmic scale. Pressure drop
initially builds quickly in time as foam generates and fills
the region around the  injection well. The rate of pressure
increase declines with time as the foam propagation rate
slows in outward radial flow. Pressure gradients near the
injection point are shallow just as they are for linear flow in
Fig. 2. Because the radial grid is relatively coarse (72 grid
blocks) compared to the radial distance spanned (i.e., 72 m),
the change in pressure gradient near r’ equal to 0.02 is
abrupt. Little foam is present in the first grid block making
flow resistance small. Away from the inlet region, the
pressure gradient declines as 1/r similar to a Newtonian
fluid. Apparent Newtonian behavior is maintained because
foam texture falls off as foam flows in the r-direction as
shown in Fig. 13.

Tremendous pressure drops are predicted in Fig. 14,
consistent with the foam-displacement parameters used to
match our linear core floods (Fig. 2). These are incredibly
strong foams reflecting the high limiting capillary pressures
of AOS 1416 at concentrations around 1 wt% in the absence
of oil. Practical field implementation of foam requires
careful selection of the foaming agent and concentration54.
Recall, that Figs. 6 and 11 predict that pressure drops
should decrease in heterogeneous environments.

Patzek and Koinis1 reported mobility reduction factors
(MRF = gas mobility / foam mobility) inferred from the
Kern River steam-foam pilots, that decreased steadily with
increasing distance from the injection well1. Figure 15
shows this same trend for our foam simulations. The
predicted MRF  decreases with increasing radial distance
from the injector. Although the foam displacement
simulated here is shear thinning at constant texture, we find
that the MRF must decrease consonant with the decreasing
foam textures of Fig. 13. In radial flow, the decrease of
foam texture with increased distance has a greater effect on
gas mobility than shear-thinning in Eq. (5). Again, high
MRF is predicted because we employ parameters and initial
conditions in the foam displacement simulator that give
strong, efficient foams. In the steam-foam field tests, the gas
fractional flow was very high and gravity override was
significant leading to dry foams that were very vulnerable to
coalescence forces and hence much more coarse in texture.
Additionally, heat losses that cause steam condensation,
surfactant losses due to adsorption and precipitation, and
foam coalescence due to the presence of oil were significant.
All of these factors lessen the impact that foam has on gas
mobility.
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Another interesting comparison to the results reported by
Patzek and Koinis1 is given in Fig. 16. Radial foam growth
rate is displayed by plotting in-situ foam volume in PV as a
function of the total cumulative fluid injection, relative the
system backpressure of 4.8 MPa. Results garnered from the
present case are shown as well as those from a radial
simulation at identical injection rates and conditions except
that the medium has been preflushed with surfactant. Both
curves reveal that the PV of foam in place increases linearly
with the total injected PV. Qualitatively, this trend agrees
with that observed in steam-foam field studies where foam
propagated in proportion to the injected PV of surfactant
solution. The slope of the presaturated case demonstrates
how efficient foam displacement might be in the absence of
rock adsorption and foam-oil interaction under conditions of
coinjection of gas and foamer solution.

5 Spot.  The final case is simultaneous injection into one
quarter of a confined 5-spot pattern. Hence, we simulate
diverging/converging flow. The formation is assumed to be
20 m thick, the injector to producer spacing is 72 m, and the
formation is not dipping. These dimensions correspond
roughly to the conditions of the Mecca steam-foam pilot so

that we may continue our qualitative comparisons to
documented field results. The simulation assumes that the
formation is homogeneous with a permeability of 1.3 d, is
initially filled with brine, and is bounded by impermeable
layers. Injection occurs across the bottom 1/8 of the
formation, whereas the producer is completed across the
entire interval and is maintained at a pressure of 4.8 MPa.
We present saturation, bubble texture, and surfactant
concentration profiles in the vertical cross section between
injector and producer. Grid spacing is 2 m in the horizontal
direction and 1 m in the vertical direction.

To provide contrast with the highly efficient foam
displacement to follow, we first ran simulations of
unfoamed gas injection. Gas saturation contours in the
vertical cross section are presented in Fig. 17 at 50, 100, 200
and 300 d. The gray-scale shading indicates the gas
saturation. Unshaded portions of the graph refer to an Sg of
zero, and progressively darker shading corresponds to larger
Sg. Without foam, areas contacted by gas are poorly swept.
Buoyancy quickly drives injected gas to the top of the
formation, a gas tongue forms, and gas breakthrough at the
producer occurs quite quickly.
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After breakthrough, little desaturation occurs because
pressure gradients are low and buoyancy prevents gas from
contacting areas along the lower horizontal boundary. This
is classical gravity override.

With simultaneous injection of N2 and 0.83 wt% foamer
solution, foam generates where surfactant and gas are
present, and the results are dramatically different. Figures
18, 19, and 20 present Sg, nf, and Cs, profiles respectively, in
the vertical cross section at times of 50, 100, 200, and 300
days. The gas fractional flow is identical to the radial case,
0.95. Injection rates for N2 and aqueous solution are 15.5
and 0.85 m3/d, respectively. In Fig. 18, the gas saturation
contours indicate that both a strong displacement by foam is
occurring and a weak displacement by the unfoamed gas
ahead of the foam front in a fashion similar to the radial
displacement in Fig. 12. Near the injector, the high gas
saturation region associated with the foamed gas assumes a
semi-spherical shape. The contours at later times in Fig. 18
illustrate that spherical growth and efficient displacement
continue. The darkly shaded region immediately below the
upper impermeable boundary indicates a tongue of
unfoamed gas that forms due to gravity override. Although

not depicted, areal sweep is also good where foam is
present.

Figure 19 illustrates foam texture as a function of time.
The foamed regions correspond exactly with zones of high
gas saturation. The bubble textures associated with black
shading are 100 mm-3, and the light-gray shading at the foam
front is roughly 20 mm-3. Interestingly, and in agreement
with Fig. 13, the most finely textured foams are found
adjacent to the well bore where gas and liquid flow
velocities are largest.

The most provocative result of this simulation is found in
Fig. 20: surfactant is actually lifted in the formation above
its injection point. Black shading indicates a concentration
of 0.83 wt%. Foamed gas effectively desaturates the zone
around the injector. Although the aqueous-phase relative
permeability function is unchanged in the presence of foam,
the low Sw results in low relative permeability and highly
resistive flow for the aqueous phase. The flow of surfactant-
laden water is rerouted and surfactant is pushed upward in
the formation. In this example, gravity override has been
effectively negated.
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Fig. 19—Foam texture profiles for the simultaneous
injection of gas and foamer solution into a confined 5
spot.
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a confined 5 spot.
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When foam reaches the upper boundary of the layer,
displacement continues from left to right in the horizontal
direction in a piston-like fashion that expels the resident
liquid phase. Propagation is slow until the flow begins to
converge.

Discussion

Recently, Rossen and coworkers26,27 presented a fractional-
flow theory for foam displacement in porous media. Their
approach is notable since they consider gas diversion by
foam among layers of differing permeability. Beginning
with the steady-state experimental observations that
aqueous-phase relative permeability is unchanged from the
foam-free case44-48, 55 and that aqueous-phase saturation is
virtually constant9, 56 they use Darcy’s law, as illustrated by
Khatib et al.37  and Persoff et al.56, to obtain a fractional-
flow theory for gas mobility in the presence of foam. This
method does not explicitly account for the role that foam
texture plays in reducing gas mobility. Additionally, the
method is not readily applied to two- and three-dimensional
flow. It does address, however, radial flow, diversion
among isolated layers of differing permeability, and layers
in capillary equilibrium.

Our simulations of layered porous media presaturated
with surfactant solution reveal that significant flow
diversion and production from low permeability layers
occurs regardless of whether the layers communicate or not.
For practical applications, the extent of diversion into low
permeability layers predicted by our population-balance
model is quite different than the prediction of the fractional
flow theory of Rossen et al.26, 27. Because the fractional-
flow model sets the capillary pressure in each layer equal to
P*

c at all times, it predicts strong foams in the low
permeability layer and diversion into the high permeability
layer. This asymptotic behavior is seen in Fig 10b as finely
textured foam evolves in the low permeability layer because
of the low coalescence rate at high water saturation and low
Pc there. However, this behavior occurs only after more
than 1 PV of foam has been injected, an occurrence unlikely
to happen in the field.  We should caution here that the foam
textures predicted after many pore volumes of injection in
Fig. 10b are exceptionally fine. When bubbles become so
closely spaced, we expect foam generation by snap-off to
cease as the close spacing of the bubbles prevents sufficient
liquid accumulation for snap-off7.

For radial flow, our population balance method predicts
that foam texture and, consequently, MRF falls with
increasing distance from the injection well in both steady
and unsteady flow consistent with field observations of gas
mobility1. The fractional-flow model for foam, though,
predicts that MRF is independent of radial distance. In the
fractional flow model, all of the effects of foam on gas
mobility are inferred from the wetting liquid mobility which
is nearly constant for foam flow at the limiting capillary
pressure. Since we explicitly account for the coarsening of
foam texture as foam flows radially and the effect that
texture has on gas mobility, we are able to obtain trends
qualitatively similar to those observed in the field.

The case of simultaneous foamer and gas injection into a
5-spot geometry also permits some comparison with field
trends. Firstly, we are able to simulate the propagation of

foam far into the reservoir and improved vertical sweep1, 4.
Secondly, there is some evidence for spherical growth of the
foam zone, such as that shown in Fig. 19, in the Kern River
steam-foam pilots1. We predict a constant growth rate of the
foam zone, just as was found in the field. Likewise,
temperature observations collected at the pilots indicate
foam zones with roughly spherical shape.

The calculations presented in this paper represent only a
small fraction of the interesting cases possible. Since we
specified that all porous media were initially free of oil, we
discovered the effect that foam might have if strong foam
generation occurred in situ. We have not included
coalescence terms for the interaction of foam with oil.
Although our simulator is fully capable of modeling steam
injection, we have not simulated such cases. Additionally,
there is speculation of a minimum pressure gradient required
to propagate foams under field conditions3, 21-24. We have
not simulated foam including such a mobilization pressure
gradient.

Only the effects of strong foam were simulated here. By
simulating a surfactant system with a smaller P*

c, it is
possible to simulate weak foams that can display even more
interesting diversion behavior. For example, if P*

c is less
than the capillary entry pressure of a porous medium, foam
will not form37. Hence, stable foam may be generated in
high permeability layers where the capillary entry pressure
is slightly lower than P*

c but not at all in low permeability
layers. Flow resistance in the high-permeability layer will
thus be significant and will divert substantial gas flow into
the foam-free low-permeability layer. Further, gravitational
effects and the interplay with heterogeneity should be
considered more closely. Gravity might cause the top of a
reservoir to be so dry that only very weak foams subject to
rapid coalescence can form or the rock may be so dry that
no foam formation is possible. Finally, we need to simulate
steam foams for which condensation is important.

Hence, we caution that the results shown here are not
general. Foam displacement in porous media depends
strongly on bubble texture which is influenced through the
limiting capillary pressure by foamer formulation including
the type of surfactant, surfactant concentration, the
concentration and type of ions in solution, as well as the
temperature. In all cases presented here, displacements
begin with the formation full of water. High water saturation
and low capillary pressure are conducive to foam formation.
Different initial and injection conditions might change the
effectiveness of foam as a displacement agent. Likewise,
our knowledge of foam trapping is not sufficient to predict
whether trapping occurs to the same degree, and in the same
fashion, in high and low permeability rocks, even if
geometrically similar.

Summary

We have shown that it is practical to model foam
displacement mechanistically in multidimensions.
Beginning with an n-component compositional simulator,
the bubble population-balance equations are successfully
incorporated within the simulator’s fully implicit
framework. The mechanistic population-balance approach
allows us to insert the physics of foam displacement directly
into a reservoir simulator. Foam is treated as a nonchemical
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"component" of the gas phase and the evolution of foam
texture is modeled explicitly through pore-level foam
generation and coalescence equations. As foam mechanisms
become better understood, this framework allows for their
inclusion.

For both noncommunicating and communicating linear
heterogeneous layers, foamed gas efficiently diverts to low
permeability layers when the layers are initially saturated
with surfactant solution in the absence of gravity. For
communicating layers, the foam propagation rate is equal in
both layers. In this instance, foam dramatically evens out
injection profiles.

 For one-dimensional radial flow, we find that foam
pressure drop scales as 1/r similar to a Newtonian fluid. The
gas mobility reduction factor for radial foam flow falls off
as foam moves outward radially from the injector because
the foam coarsens. This decline in mobility reduction factor
in radial flow is consistent with previous field observations
of steam-foam propagation1.

For simultaneous injection of gas and foamer solution
into a confined 5-spot pattern, we clearly see two
displacement fronts. Unfoamed gas moves upward through
the formation due to buoyancy and is ineffective in
displacement. The second front tracks with surfactant
propagation and the generation of foam. The strong foam
desaturation front takes a semi-spherical shape for short
times with the origin of the sphere at the injector.
Importantly, it is found that gravity override can be
effectively negated.

These predictions are a result of the direct approach
taken to model foam displacement. Since gas mobility in the
presence of foam depends strongly on foam texture, it is
necessary to account for foam-bubble evolution to model
gas mobility generally and correctly.

Nomenclature

C= concentration
  
r 
F = component vector flux,
k= rate constant
K= permeability
L= length of linear porous medium

MRF = mobility reduction factor
n= number density of foam
p= pressure

Pc= capillary pressure
PV= pore volume (injected or in place)

q= generation rate and source/sink term
r= radial distance
R= radial extent of porous medium
S= phase saturation
t= time

u= Darcy velocity
v= interstitial velocity

Greek Letters
α= proportionality constant for foam effective 

visosity
∇ • = divergence operator

ϕ= porosity
µ = viscosity
Γ = adsorption isotherm

Subscripts

1= generation rate constant
-1= coalescence rate constant
f= flowing foam
g= gas phase
i= phase (i.e., aqueous, gas, or oil)
j= chemical species
s= surfactant
t= stationary foam

w= water or wetting phase
wc= connate water saturation

well= denotes well radius
Superscripts

o= denotes reference value
*= value correponds to the limiting capillary 

pressure
'= denotes normalized radial distance
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3.3 PORE-LEVEL VISUALIZATION OF OIL/FOAM INTERACTIONS
IN A SILICON MICROMODEL

(N. Sagar, L.M. Castanier, and W.E. Brigham)

This paper was presented at the SPE India Oil and Gas Conference and Exhibition held
in New Delhi, India, 17-19 February 1998.
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Abstract
This paper presents some cases of pore-level visualization

of foam with oil.  Many laboratory investigations have been
carried out in the absence of oil, but comparatively few have
been carried out with oil present.  For field application, where
the residual oil saturation may vary depending on the recovery
method applied, any effect of the oil on foam stability becomes
a crucial matter.

Silicon micromodels were used in this study.  The
micromodels are two-dimensional replicas of the flow path of
Berea sandstone etched on a silicon wafer to a prescribed
depth, using fabrication techniques from the computer
industry.  After flooding the models to connate water and
residual oil saturations, a surfactant flood was followed by gas
injection to generate foam.  Starting with low concentrations of
surfactant the concentrations were gradually increased.  Visual
observations were recorded on videotape.

Two different surfactants were used, a fluoro-surfactant
(for generating a non-aqueous oil foam) and an alpha-olefin
sulfonate.  Oseberg (Norway) crude was the oleic phase in the
first set of experiments, and kerosene in the next two sets.
While the fluoro-surfactant created a strong static gas-blocking
foam in the presence of oil, the alpha-olefin sulfonate (AOS)
foamer did not.

The fluoro-surfactant foam gave the oil-tolerant behavior
expected from its non-entering, non-spreading characteristics.
The AOS on the other hand, did not behave in accordance with
its bulk observations, and its behavior was seen to be
controlled by formation of  emulsions.  Generation sites for
both foam and the emulsions were controlled by pore geometry
and local saturations.  For the foam, no obvious link could be

found between the number of films observed and the strength
of gas blockage.  Many other observations were made;
including snap-off, emulsion formation and breakdown
sequences, foam lamella formation and breakdown sequences,
and static emulsion and foam in different configurations within
the model.

Introduction
Primary and secondary production of an oil field often

recovers less than half of the original oil in place.  To recover
additional oil, it is necessary to apply enhanced oil recovery
(EOR) techniques such as miscible or imiscible gas
displacement (CO

2
, hydrocarbon gases, etc.).  However, major

problems occur in these EOR methods because the displacing
agent has high mobility and low density compared with that of
reservoir fluids.  Fingering (channeling) and gravity override
reduce the sweep efficiency, contribute to early breakthrough
of injected fluid, and thus reduce the amount of oil recovered.
The use of surfactant stabilized foams to counteract these
problems was suggested decades ago.  Foam is advantageous
compared with a simple fluid of the same nominal mobility
because the foam, which has an apparent viscosity greater than
its components, lowers the gas mobility in the swept or higher
permeability parts of the formation.  This diverts at least some
of the displacing gas to other parts of the formation that were
previously unswept, thus recovering additional oil.  Because
foam mobility is reduced more in the higher permeability
zones, improvement in both vertical and areal sweep efficiency
is achieved.

This work focuses on stability of foams in porous media
when oil is present.  For field applications, any effect of the oil
on foam stability becomes a crucial matter.  Two differing
approaches have been used in an attempt to scale up foam
properties to the reservoir.  They represent differing
descriptions of the physics of foam.  One approach is purely
empirical and relies on calibrating a flexible simulator, based
on laboratory data in conventional cores, to represent the most
critical foam effects.  The empirical foam model implemented
in STARS

TM
, a pseudo-compositional reservoir simulator, is

probably the best example of this approach (Coombe and
Mohammedi1 and Surguchev et al.2).  The other approach
attempts to extract information about the physical flow
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mechanisms observed at the pore level, and constructs
mathematical relationships between experimental parameters.
One such model was developed at the University of California
at Berkeley.  The physical mechanisms in this model rely on
observations of foam flow in etched-glass micromodels,
especially from a comprehensive study by Radke and
Chambers.3

Currently accepted theories on foam flow are largely built
on the basis of pore model observations by Mast,4 Owete et
al.,5 Huh et al.,6 and Schramm and Novosad.7  Most
micromodels were made by etching a flow pattern into a glass
plate and are two-dimensional representations of the pore
structure.  With glass micromodels, the reaction kinetics of
acid etching makes it necessary to enlarge the pore sizes of
typical sandstone pores, usually by a factor of 5 to 50
compared to their natural size.  Obviously, this is a serious
limitation for their use in studying processes that depend
critically on capillary forces, and involve thin films as seen in
foam flow.

The silicon micromodel on the other hand, replicates a
pore structure of any design on a silicon wafer, adapting
fabrication techniques from the computer industry.  The pore
cavities are created photochemically, a process which is not
rate-limited.  The micromodels used in this study offer 1:1
scaling of typical sandstone pores in two dimensions.

Literature Survey
Many laboratory investigations of foam flooding have

been carried out in the absence of oil, and comparatively few
have been carried out with oil present.  When research began
to include oil, it was seen that the effect of oil on foam stability
was indeed complicated.  Oil saturation could alter foam
stability and its propagation mechanisms to a great extent.  The
nature of the foam, foam injection procedures, reservoir
wettabilities and pore geometry were seen to affect the oil-
foam interactions.

A foam is a dispersion of gas in liquid, usually with a
surface active agent present.  Foams are not
thermodynamically stable and ultimately decay into their
constituent phases, but can be mechanically stable for long
periods of time.  When a foam exists inside a confining
medium, the dimensions of this confining medium relative to
the average bubble size, determine the texture and properties
of the foam.  Holm8 found liquid to flow as a continuous phase,
but gas flow to occur by a sometimes very slow process of
continually breaking and reforming of liquid films.  This
explains why gas flow may be essentially blocked by foam in
pores, while the permeability to liquid is merely a function of
its saturation.  The ability of foam to reduce gas mobility has
led to its application in a number of processes, including gas
injection, steam flooding, and well treatment techniques.

The use of surfactant stabilized foams to counteract
problems such as fingering and gravity override was suggested
several decades ago.  Marsden9 reviewed previous findings,
surmising that apparent gas viscosity was a function of the gas

flow rate, flow history and surfactant concentration, and that
‘breaking and reforming’ processes are a dominant mode of
foam propagation in micromodels.  Sanchez and Schechter10

suggested that gas permeability was a function of the wetting
phase film thickness.

Owete et al.11 suggested that air was propagated by
displacement of lamellae in long bubbles flowing and
extending across several pore lengths while the liquid flowed
through the network of films.  They also observed snap-off
occurring at pore constrictions and the resultant bubble ‘break
and reform’ process. Radke and Ransohoff12 categorized the
various mechanisms of foam generation within glass bead
packs as ‘snap-off’, ‘lamella leave behind’, and ‘lamella
division’, with snap-off being the primary mechanism for
strong foam generation.

Roof13 studied the specific pore geometry necessary for
snap-off mechanisms.  Roof noted that the front is always at
least seven pore radii from the throat of the constriction before
snap-off can occur.  Falls et al. 14 and Kovscek et al.15 proposed
that at steady state conditions, the rates of generation and
collapse of lamellae must be equal.

Castanier and Hanssen16 noticed in silicon micromodels
the sliding of lamellae (bubble train flow) over liquid films
covering the grains.

Oils are among the earliest chemicals to be used for foam
inhibition and foam breaking, as discussed in the literature by
Harkins,17 Robinson,18 and Ross and McBain.19   Some theories
for the mechanisms of anti-foaming action have emerged from
this work.  In general matters are not simple.  Apparently oils
can destabilize foams by  several mechanisms, and more than
one mechanism may be operating in a given case.

Some possibilities for the mechanisms of foam
destabilization by a given oil phase include: (1) surfactant
partition in the oil, (2) surfactant adsorption by the foam
lamellae,  (3) alteration of the wettability of the solid phase,
(4) oil spreading on foam lamellae. and (5) oil emulsification.

Nikolov et al.,20 studying bulk oil-foam interactions,
reported three distinct films during three phase foam thinning:
‘foam films’, or water films between air bubbles; ‘emulsion
films’, or water films between oil droplets; and ‘pseudo-
emulsion films’ where water film resides between air and oil
droplets.  Pseudo-emulsion films, droplet sizes and numbers
may all contribute to foam destabilization.

Kuhlman21 and Manlowe,22 and Radke3 observed in
micromodels that oils were destroying foams.  Work done by
Novosad and Ionescu23 Jensen and Friedmann,24 Kristiansen
and Holt,25  and Hutchinson et al.26  suggested that foam
sensitivity to oil is also manifested as an increased difficulty of
forming and propagating foams through porous media
containing oil.  Novosad and Ionescu23 found lower mobility
reduction factors in foam floods in cores containing residual
oil, compared to the same floods in oil free.  The lower
mobility reduction factors are due to some kind of foam
destruction by the oil.

Lau and O’Brien27 through the use of sand packs and both
spreading and non-spreading oils, showed an increase in foam
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generation time, a reduction in foam propagation rate, and an
increased foam destruction rate with spreading oils.  This
finding is contrary to Manlowe22 and Kovscek et al.,15 who
argue that there is no correlation between oil spreading and
foam stability. Instead, they state that pseudo-emulsion film
collapse is the general destabilization mechanism.

Hanssen and Dalland,28 in a model system (glass bead
pack) of a gas blocking foam in an oil reservoir, observed clear
trends in  mobility reduction with varying concentrations of oil
and surfactant.  They concluded that the change in interfacial
tension between gas and the aqueous phase, upon equilibration
with oil, appeared to be a good predictor of gas blockage
efficiency for the systems studied.

Oil interactions with foam have been studied by Dalland
and Hanssen.29  Conducting experiments with flowing and gas
blocking foams, using a set of conventional and fluorinated
surfactants and various oils, they found varying oil tolerance
and sensitivities. In all cases  the combination of non-
spreading and non-entering oil created a strong gas-blocking
foam, or a low mobility flowing foam.  The ‘Lamella
Number’, L, calculated from interfacial tensions was found to
be of no predictive power.  The results indicated that the
mechanisms of oil-foam interactions are the same for gas
blocking and for flowing foams in porous media0

Castanier and Hanssen16 worked on  oil-foam interactions
using a fluorosurfactant foam and an AOS foam.  The
fluorosurfactant foam gives the oil tolerant behavior expected
from its non-entering, non-tolerant characteristics.  AOS foam
by contrast, is controlled by formation of oil-water emulsions
which appear to prevent the formation of strong foam until a
large excess of foaming agent is present.

Because petroleum reservoirs are often of intermediate,
mixed or oil wettability, some researchers have included
reservoir wettabilities in their studies.  Huh et al.6 found that
micromodel wettability was altered to intermediate or oil wet
as a result of crude oil saturation.  The effects of various phase
affinities to grain surfaces was studied by Sanchez and
Hazlett30 as well.  An indication of surface reaction, from
hydrophobic to hydrophilic, was detected after the addition of
surfactant.  This  suggests wettability alteration.  Kuhlman21

obtained similar results, and said that  the deleterious effect of
oil on foam was due to the high concentration of light
hydrocarbons in the oil, and the oil wetness of the medium
itself.

Castanier and Hornbrook31 noted that wettability alteration
was due to the surfactant injection procedure.  They found that
with surfactant slug injection, oil appeared to be the wetting
phase, and with foam injection, surfactant appeared to wet the
medium.

Schramm and Novosod7 conducted oleophilic microvisual
cell experiments with several foams.  They found that the
foams were significantly less stable in the presence of crude oil
and oleophilic solid surfaces, compared with some crude oils
and hydrophilic surfaces. Kristiansen and Holt32 studied foams

flowing in cores under North Sea reservoir conditions that
were either partially or completely oil wetted.  Any degree of
oil-wetness reduced the effectiveness of the flowing foam.

The  surfactants may adsorb onto the solid surfaces and
alter the wettability.  In the microvisual experiments of
Schramm and  Novosod,7 some of the foaming systems
changed the wettability to water wet, in which case the foam
sensitivities to oil reverted back to the water wet cases.  This
result is consistent with the coreflood tests of Sanchez and
Hazlett33 in which foaming surfactants caused wettability
reversal in oil wet porous media.  This reversal was the reason
that stable foams could be generated and propagated in their
oil wet cases.

Experimental Apparatus
All the experiments were done at constant pressure.  A

basic line diagram of the apparatus is shown in Fig. 1.
Surface tensions were measured using a ring tensiometer

and interfacial tensions were determined by a spinning drop
tensiometer.  More details on the equipment can be found in
Sagar et al.34  The micromodels used in our experiments
replicate the pore structure of Berea sandstone on a silicon
wafer.  The fabrication technique is a direct adaptation of the
etching techniques used by the computer industry.  The pore
cavities are created photochemically, a process which is not
rate-limited, such as acid etching.  These high resolution
silicon micromodels offer 1:1 scaling of the Berea sandstone
pores and throats.  A detailed description of the fabrication and
construction process of the models used can be found in
Castanier and Hornbrook.,31 Woody et al.35 and Lolomari.36

A description of the pore structure of the model along
with permeability calculations can be found in Woody et al.38

Scanning electron microscopy (SEM) photographs of the
model can be seen in Fig. 2.  The characteristics of the models
are outlined below:

1. 500  micron patterns  repeated  10,000  times  on a 
5 cm square silicon wafer

2. Etch depth 15 microns.
3. Porosity 35%
4. Permeability: 1 millidarcy
5. Pore Sizes : 1-150 mm
6. Throats : 0.5-10 mm

Experimental  Procedure  and Experiments Performed
Before beginning the experiments, the model was first

cleaned with water followed by methanol to remove traces of
foam or solvent.  All the experiments were performed at
ambient temperatures using the following generic procedure:

1. CO
2 
flood

2. Water/brine flood to displace all CO
2
.
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3. Oil flood to connate water saturation.
4. Water/brine flood to residual oil saturation.
5. Surfactant flood.
6. Gas injection to generate foam
7. Surfactant flood (higher concentration)
8. Gas injection to generate foam
Steps 5 and 6 were repeated (as shown in 7 and 8) for

higher concentrations of surfactant.  The outlet was at
atmospheric pressure and the inlet pressure was measured.  All
fluids entering the micromodel were filtered to 0.22mm.  A
dye (benzene-azo-2-napthol) was used to color the surfactant
for better viewing.  Note that interfacial properties were not
affected by the dye.  All the experiments were recorded on
videotape and can be made available for viewing on request.
Table 1 shows the experiments conducted.

For Experiments 2 and 3, brine was used as the aqueous
phase instead of water.  The brine formulation is based on
North Sea water.

Results
The results of the three sets of experiments conducted are

described in this section.  Each set of experiments is discussed
separately, and is accompanied by images captured during the
course of the experiment.

Experiment 1
Experiment 1 was the only experiment in which crude oil

(Oseberg, a Norwegian crude) was used.  The surfactant was
an alpha olefin sulfonate, AOS 1618, and the gas used for
foam generation was carbon dioxide.  The aqueous (wetting)
phase was water.

The pressure difference applied to the micromodel was
usually 35 psig.  Only two concentrations of the AOS
surfactant were used in this experiment.  The experiment had
to be discontinued due to excessive clogging and asphaltene
deposition.

The flow through the micromodel was extremely slow as
compared to the flow mentioned by Hornbrook et  al.33 and
Woody et  al.,37 even though the etch depth for the new models
was greater then those used by Hornbrook33, and Woody. 37

This slow flow was caused by overheating the glass during the
bonding process which reduced the model permeability.  This
defect has since been corrected, in more recent micromodels.

After injection of the surfactant and more often during gas
injection, stable crude oil emulsions were observed in the
model (Fig. 3).  These emulsions were seen at concentrations
of 0.01% by weight and over and were observed to be stable in
the micro- model.   This emulsion formation occurred
extremely rapidly when gas was injected.

An emulsion forming sequence with the crude oil was
observed where crude oil coated water  bubbles started
forming in a narrow throat and were seen being pushed into a
pore where these bubbles conjoined to form an emulsion (Fig.
4).

A bubble coalescence sequence was also observed where
carbon dioxide bubbles coated with crude oil were generated
from a very narrow throat and were pushed into a pore where
they coalesced to form a larger carbon dioxide bubble (Fig. 5).

Emulsion breakdown sequences were also seen to occur in
the pores.  A very visible crude oil emulsion broke down in a
matter of seconds and was captured in the stills shown (Fig. 6).

Emulsions sizes with crude oil varied from 10µm to 60µm
in size.  The emulsions were usually composed of water
surrounded by oil films.  The color of the water seemed to be
darker (brownish) after contact with the crude oil.  This shows
some, still unexplained, mass transfer mechanism between the
oil and water.

As can be seen from the above observations, the Oseberg
crude oil clearly formed emulsions in the presence of the AOS
surfactant, indicating the non-tolerant behavior of the Oseberg
crude to this surfactant.  No foam lamella were observed
during the experiment.  The displacements were according to
the theory of imiscible displacement: Displacement of water
by gas caused viscous fingering, and displacement of water by
oil was a stable front propagation.

Experiment 2
In Experiment 2, the surfactant used was the same alpha

olefin sulfonate  (AOS 1618).  The wetting phase was brine
and the non-wetting phase (oil) was kerosene. Kerosene
emulsions were observed at as low as 0.001% concentration of
surfactant (Fig. 7).  During carbon dioxide flooding the gas
phase was discontinuous and did not fill the model
completely.  The  emulsions were  very mobile  at  low
concentrations of surfactant (< 1%) .

The diameters of the emulsions were smallest at lower
concentrations and were seen to increase with higher
concentrations.  The stability of the emulsions also increased at
higher concentrations.  Certain areas in the model which had
less oil were seen to have thinner emulsions (Fig. 8).  At
increased surfactant concentrations the oil saturations in the
model had decreased, and the emulsions were still widely
present and more stable.

The emulsion bubble size also was seen to depend on the
pore geometry (Fig. 8).  Different sizes of emulsions seem to
co-exist but varied in size with the size being the smallest in
the throats and the smaller pores.

Emulsions started at 0.001% surfactant concentration.
The emulsions at this stage flowed very rapidly through the
narrow throats until they clogged the flow path after gathering
in large pores. Emulsion sizes, as mentioned earlier, increased
with surfactant concentration.  Although the pore geometry
had some effect, emulsion sizes after 0.1% surfactant flood
varied from a few microns to about 60µm.  Emulsion
composition after the 1% surfactant flood was very similar to
that seen at 0.1%.  The emulsion were hardly seen to move,
while at lower concentrations, most of the narrow throats had
been blocked by the smaller emulsions.  Two emulsion
forming and breaking sequences were also observed.    No
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foam was observed during the experiment.

Experiment 3
In Experiment 3, we formed an oil-foam.  The surfactant

was a fluorocarbon diluted in kerosene.  The wetting phase
was brine and the non-wetting phase was kerosene.  Carbon
dioxide was used to generate the foam in-situ.  The
exploitation of the gas blocking properties of foam, by using it
as a gas coning barrier, is an old idea.  An attractive means of
achieving a favorable barrier geometry is by using low density
non-aqueous foams. This is the primary reason for our focus
on the oil foam studied in this experiment.

Flow through this model was extremely fast as compared
to Experiments 1 and 2.  After the water flood and the oil
flood, water was seen residing in the narrow throats indicating
that the model was water wet.  Before foam was generated in
the system, the carbon dioxide was discontinuous . Stable foam
lamellae were seen by 0.01% surfactant concentration.  A snap
off sequence of a carbon dioxide bubble coated with surfactant
was seen (Segar36).

In certain areas, at 0.1% concentration of the fluoro-
surfactant, a lamella formation and breakdown sequence was
captured in a five frame sequence.

Foam was observed as lamellae throughout the model at
the differing concentrations of the surfactant (Fig. 9).  Certain
pore geometries were seen to be more conducive to forming
stable lamellae then others.  Many different lamellae
configurations were seen.  Stable lenses were also observed to
co-exist with the lamellae.

In one configuration, a water droplet in a foam lamella did
not seem to affect the lamella stability (Fig. 10).  Also, in a
certain pore geometry, thin stable lamellae were seen as well
as thicker lamellae.

No significant increase in the number of foam lamellae
were seen from 0.1% to 1.0% surfactant concentration, in spite
of a noticeably higher gas blockage as seen from the flow rate
reduction at higher concentration.

Interfacial Tension Measurements
Interfacial tensions between the surfactant solutions and

the oil (kerosene) were measured  for Experiments 2 and 3 and
and listed below.  No significant difference in the interfacial
tension was observed because of the presence of an ethyl-oil
soluble dye, benzene-azo-2-napthol used as dye.

Conclusions
The silicon micromodels used in these experiments give

us a realistic feel for the pore level mechanisms which would
occur in reality.  The three sets of experiments conducted in
this study, which included different oils and foamers, lead us
to the conclusions outlined below.

The AOS Surfactant
With the AOS surfactant, with differing oils present, no

foam formation was seen at the pore level.  However
emulsions were observed which varied in size and stability
with surfactant concentration.  The pore and throat sizes also
seemed to influence the emulsion size.

Most of the emulsions seen were composed of water
covered with oil films.  With the crude oil the water became
discolored to brown. Very little oil was required to form these
emulsions as could be seen at higher concentrations of
surfactant after the model had been flooded with surfactant a
few times resulting in low oil saturation.  It can be concluded
that the emulsion formation with the AOS surfactant could be
the reason for the delayed foam forming observed by
Kristiansen and Holt.25,32  These have, in the past, often been
ascribed to so-called “aging” or “incubation” effects.
According to a mechanism suggested by Lau and O’Brien,27

the emulsion scavenges all surfactant and makes it impossible
to generate foam initially.  Only when excess surfactant
solution becomes available, through reinjection or
rearrangement, can foam generation take place.  This concept,
however, does not apply to our case, where excess surfactant is
always present.

The ability to form water-in-oil emulsions is governed by
the balance of forces between those tending to keep the oil in
large drops (or continuous oil areas) and those favoring
formation of small emulsified oil droplets. It is well known,
from anti-foam theory, that small emulsion droplets make
better anti-foam agents.  An attempt to develop a theory for
foam destabilization by emulsified oil droplets has been
published by Schramm and Novosad.7  However, their lamella
number fails to correlate oil tolerance data for fluorosurfactant
foams; likewise the lack of emulsions formed with the
fluorosurfactant.  The presence of oil in the system resulted in
emulsions for the AOS surfactant, and no foam was observed.
Whether foam would actually form on continuous surfactant
and gas flooding is yet to be seen in the micromodel and would
be an interesting area for further research.  Currently no theory
explains this phenomenon of emulsion with foamers which
seems different from the conventional “aging” of cores, which
is essentially a liquid/solid adsorption process.

The Fluorosurfactant
For the oil-foam with the fluorosurfactant, a strong foam

was generated both in the oil saturated and the oil free zones.
Lamellae were observed both in oil saturated and oil free
areas, indicating oil tolerant behavior, as expected, from the
negative entering coefficient and the bulk behavior.
Generation sites for the foam lamellae were seen to be
controlled by pore geometry and local saturation.  The foam
lamellae were stabilized by the surfactant and therefore an
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increase in foamer concentration increased the lifetime of the
lamellae, and thereby the strength of the foam.

No obvious link could be found with the number of films
observed and strength of gas blockage.  Although lenses were
observed to be present in the system, no lens-lamella transition
was observed.   We can conclude  from these observations that
this oil-foam can be used for achieving a favorable barrier
geometry for gas coning problems.

Further Research
Further research suggestions include studying the behavior

of emulsions and how they effect foam properties in porous
media with an emphasis on foam destabilization by emulsified
foam droplets.

Using different thin sections (other than Berea) would
help in studying flow behavior in other pore geometries.  The
effect of “aging” as the reason for the delayed foam forming
(if any) with the AOS surfactant also deserves  more
investigation.  As mentioned before, whether foam would form
under continuous surfactant and gas injection would be an
interesting area to be looked into to supplement this work.  The
new micromodels are currently under construction at the
‘Center for Integrated Systems’ at Stanford.
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3.4 A NUMERICAL ANALYSIS OF THE SINGLE-WELL STEAM ASSISTED
GRAVITY DRAINAGE PROCESS (SW-SAGD)

(K.T. Elliot and A.R. Kovscek)

This paper was presented at the 20th Annual International Energy Agency Workshop
and Symposium, held at Enghien-les-Bains, France, 22-24 September, 1999.
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A Numerical Analysis of the Single-Well Steam Assisted
 Gravity Drainage Process (SW-SAGD)

 By

K.T. Elliot and A.R. Kovscek

Abstract

Steam assisted gravity drainage (SAGD) is an effective method to produce heavy oil
and bitumen. In a typical SAGD approach, steam is injected into a horizontal well located
directly above a horizontal producer. A steam chamber grows around the injection well and
helps displace heated oil toward the production well. Single-well (SW) SAGD attempts to
create a similar process using only one horizontal well. This may include steam injection
from the toe of the horizontal well with production at the heel.  To improve early-time
response of SW-SAGD, it is necessary to heat the near-wellbore area to reduce oil viscosity
and allow gravity drainage to take place. Ideally heating should occur with minimal
circulation or bypassing of steam.

Since project economics are sensitive to early production response, we have
investigated early-time processes to improve reservoir heating. A numerical simulation
study was performed to gauge combinations of cyclic steam injection and steam circulation
prior to SAGD in an effort to better understand and improve early-time performance.
Results from this study, include cumulative recoveries, temperature distributions, and
production rates. Variances are displayed within the methods. It is found that cyclic
steaming of the reservoir prior to SAGD offers the most favorable option for heating the
near-wellbore area to create conditions that improve initial SAGD response. Additionally, a
sensitivity analysis was performed with regard to reservoir height, oil viscosity, horizontal
to vertical permeability anisotropy, and dead versus live oil. More favorable reservoir
conditions such as low viscosity, thick oil zones, and solution gas, improved reservoir
response. Under unfavorable conditions, response was limited and could prove to be
uneconomical in actual field cases.

Introduction

Steam assisted gravity drainage maximizes the role of gravity forces during steam
flooding of heavy oils. Generally, a pair of horizontal wells is used.  As steam enters the
reservoir, it heats the reservoir fluids and surrounding rock. Hot oil and condensed water
drain though the force of gravity to a production well at the bottom of the formation. In
conventional SAGD, steam is injected through a horizontal well placed directly above a
horizontal producer. Thus, a steam chamber forms around the injection well. In SW-SAGD,
a horizontal well is completed such that it assumes the role of both injector and producer 1.
In a typical case, steam is injected at the toe of the well, while hot reservoir fluids are
produced at the heel of the well. Recovery mechanisms are envisioned to be similar to
conventional SAGD. Advantages of SW-SAGD might include cost savings in drilling and
completion and utility in relatively thin reservoirs where it is not possible to drill two
vertically spaced horizontal wells. However, the process is technically challenging.

In a reservoir where cold oil is very viscous and will not flow easily, initial
production rates via any gravity drainage process are very low. In a strict definition of
SAGD, steam only enters the reservoir to fill void space left by produced oil. If the oil is
cold, we must heat it to reduce viscosity. Therefore, initial heating of the area around the
wellbore is required so that SAGD can take place. After SAGD is initiated, a steam chamber
will grow upward to the top of the reservoir and then begin to extend horizontally2. At the
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steam-chamber boundary, steam condenses as heat is transferred to the oil. Condensed water
and hot oil flow along the steam chamber to the production well2.

Joshi found experimentally that under various injection/production well configurations,
the steam chamber grows to cover a majority of the reservoir and the recovery efficiency is
very good in all cases3.  Therefore, we expect that early-time production results from SW-
SAGD may vary from the conventional approach, but at late times, we expect similar
recovery efficiencies.  Additionally, Oballa and Buchanan4 simulated various scenarios to
evaluate the difference between cyclic steam injection and SAGD. They focused, partially,
on the interactions between the reservoir, the well completion, and the recovery of oil. It
was concluded that the drainage process may be feasible provided that a proper operating
strategy is identified.

Field tests of SW-SAGD are not extensively documented in the literature. Falk et al
overview the completion strategy and some typical results for a project in the Cactus Lake
Field, Alberta Canada1.  A roughly 850 m long well was installed in a region with 12 to 16
m of net pay to produce 12 °API gravity oil. The reservoir is a clean, unconsolidated, sand
with 3400 md permeability. Apparently, no attempts were made to preheat the reservoir
before initiation of SW-SAGD. Steam was injected at the toe of the well and oil produced at
the heel. Oil production response to steam was slow and gradually increased to more than
100 m3/d. The cumulative steam-oil ratio was between 1 and 1.5 for the roughly one-half
year of reported data.

McCormack et al also describe operating experience with nineteen SW-SAGD
installations5.  Performance for approximately two years of production was mixed. Of their
seven pilot projects, five were either suspended or converted to other production techniques
because of poor production. Positive results were seen in fields with relatively high
reservoir pressure, relatively low oil viscosity, significant primary production by heavy-oil
solution gas drive, and/or insignificant bottom-water drive. Poor results were seen in fields
with high initial oil viscosity, strong bottom-water drive, and/or sand production problems.
Although the authors note that the production mechanism is not clearly understood, they
suspect that the it is a mixture of gravity drainage, increased primary recovery because of
near-wellbore heating via conduction, and hot water induced drive/drainage5.

Problem Definition

This paper is grouped into two general topics: (i) a screening study of early time
operating performance of SW-SAGD and (ii) a sensitivity analysis of the effect of reservoir
and well completion parameters. Understanding the operating conditions to improve initial
performance relates directly to understanding methods of heating the near-wellbore area at
early-time. A central idea realized through our research is that the near-well region must be
heated rapidly and efficiently for significant early-time response. The sensitivity analysis
helps us understand reservoir properties, fluid conditions, and well completion strategies
that make the process an appropriate production technique.

To gain an understanding of early-time performance, we build and compare various
computer simulations. The processes examined include cyclic steaming, steam circulation
within the well, and an extreme pressure differential between the injection and production
sections of the well. Each initial operating period was followed by SAGD; that is,
continuous steam injection and oil production with little net injection of steam. For the
sensitivity analysis, we compared a base case against runs in which we varied oil viscosity
and gas content, reservoir height, permeability anisotropy, and finally the well completion.
Computer Modeling Group’s (CMG) STARS thermal simulator was used to perform all of
the work.
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Model Description

The base case is STARS example sthrw009.dat released with Version 98.016. Reservoir
and fluid properties represent a typical Alberta reservoir. The operating conditions and well
completion were modified to develop additional cases.

The grid system and dimensions are illustrated in Fig. 1. Figure 1a displays the cross
section along the length of the well and Fig. 1b a cross section perpendicular to the well.
The grid system is Cartesian with local grid refinement immediately around the 800 m long
well. An element of symmetry, with one boundary lying along the wellbore, is used to
represent the reservoir volume. We assume that wells will be developed in multiple patterns
and thus all boundaries are no flux. The single horizontal well is represented using a
discretized wellbore model that accurately represents fluid and heat transfer in the well.
Additionally, the well is broken into two sections as if the well contained a packer. Each
section is equal in length and they lie directly end to end. This gives us freedom to explore
various completion strategies and operating conditions. Our initial simulation work
suggested that this inject at the toe and produce at the heel strategy had greater probability
of success than attempting to develop countercurrent steam and oil flow along the entire
length of the well. Table 1 lists the exact dimensions of the reservoir model, grid-block
information, and reservoir properties. Initially, the average reservoir pressure is 2,654 kPa
(380 psi), the pressure distribution is hydrostatic, and the initial reservoir temperature is 16
°C.

The water-oil relative permeability and gas-liquid relative permeability functions are
displayed graphically in Figs. 2 and 3, respectively. Table 1 also lists the initial fluid
saturations of the reservoir. The homogeneous porosity is 33%. The horizontal permeability,
kh, is 3400 md, whereas the vertical permeability, kv, is 680 md. Hence, the ratio kh:kv is
about 5 to 1.

A live, black-oil model is used. The initial oil phase is made up of 90 % by mole oil
component and 10 % by mole gas component for a solution gas-oil ratio (GOR) of about 28
SCF/STB. The effect of solution GOR on oil recovery is explored in the sensitivity analysis.
The oil viscosity versus temperature relationship is given in Table 1, and the oil viscosity at
the initial reservoir temperature is 4.043 Pa-s (4043 cP). An increase of oil temperature to
100 °C decreases the oil viscosity to 0.030 Pa-s (30 cP).

Table 2 lists the operating constraints for the four base cases created to explore a range
of early-time procedures.  Briefly the cases represent SAGD operating conditions, extreme
pressure differential conditions where steam is injected near the fracturing or parting
pressure of the formation, cyclic steam injection, and steam circulation through the well.
Arbitrarily, 100 d was chosen as the duration of attempts to heat the near-well region. In all
cases, SAGD conditions follow this initial period. Each of the constraints will be discussed
in more detail below.

Early-Time Performance Study

To heat the near-wellbore area and improve the initial production response of SAGD,
we combined the operating conditions displayed in Table 2 into the seven cases: (i) SAGD
operation conditions from the start, (ii) extreme pressure differential between injector and
producer sections for 100 days followed by SAGD, (iii) steam circulation for 100 days
followed by SAGD, (iv) circulate for 100 days followed by 100 days of an extreme pressure
differential followed by SAGD, (v) cycle once followed by SAGD, (vi) cycle twice
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followed by SAGD, and (vii) cycle three times followed by SAGD.  In each case except the
first, an initial preheating phase precedes SAGD.

Results of this screening study are displayed in Figs. 4 to 6. Figures 4 and 5 display
recovery factor histories for the first year of production and for 10 years of production,
respectively. Recovery factor refers to the fraction of oil produced from the entire
simulation volume. The cumulative steam oil ratio (CSOR) versus time curves for each case
are displayed in Fig. 6.  It is obvious from the curves that it is possible to improve initial
production response. In general, cyclic steaming as applied in cases 5 to 7 leads to the most
rapid oil recovery.  However, the late time recovery performances shown in Fig. 5 display
similar behavior for all cases.  Recovery factor ranges from 19-22% after 3650 days of
injection and all curves increase at similar rates.

 Case 1 represents a base case in which SAGD was initiated from the beginning without
preheating.  This case produced the lowest percent recovery curve. In Case 2, we increase
the injection rate constraint which thereby increases the pressure differential between the
injection and production wells; hence, the conditions are referred to as extreme. The
pressurization of the system improves production somewhat relative to the base case.

The "Circulate" phase in Cases 3 and 4 is a modified form of steam circulation in the
well. Steam is injected so as to maintain the initial reservoir pressure. We did not simulate
true steam circulation where steam that exits the tubing may only flow in the well before it
is produced. A true circulating case in which the near-wellbore area is heated only by
conduction would be inefficient, and the other techniques that we explore present better
options. Circulation here is similar to the SAGD case: steam may replace oil volume in the
reservoir when oil is produced. Hence, our "circulating" condition is somewhat of a
misnomer.

The cumulative steam oil ratio displayed in Fig. 6 is standard: the cumulative steam
volume injected as cold water equivalent volume divided by the cumulative hydrocarbon
production. The CSOR varies substantially among the studies during the initial period
because significantly different production and injection schemes were used. At late time,
however, the CSOR for all cases averages roughly 3.0. Note, however, that the cyclic cases
perform somewhat better, with regard to CSOR, in initial and late-time response.

Case Studies

Three of the cases above will be examined in greater detail to explain the differences in
oil recovery and heating of the reservoir volume. The reference continuous SW-SAGD,
extreme pressure differential, and one cycle prior to SW-SAGD cases will be discussed.
Production rates, well pressures, and temperature profiles around the well will be examined.

Case 1,Continuous SAGD. In Case 1 we immediately operate at SAGD conditions and do
not include a preheat phase. Figure 7 displays the injection and production curves for Case
1. The darkest curve in Fig. 7 represents the oil production rate.  As expected, the initial oil
rate is low, but increases with time as a steam chamber slowly develops and more oil is
heated. Oil  production peaks at roughly 80 m3/day.

Note that our "SAGD" case is actually a combination of SAGD and pressure draw-
down. Production well conditions are such that reservoir pressure must decline. It is clear
from the similarity between the steam injection rate and water production rate in Fig. 7 that
steam short-circuits from the injection region to the production region and the contact time
is short between steam and reservoir. Recall that we represent the horizontal well with two
separate sections placed end to end. The pressure differential between the regions and the
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proximity of "injection" and "production" perforations causes steam to travel quickly
between them. Albeit inefficiently, a steam chamber is created within the reservoir as heated
oil drains to the production region and steam migrates up to fill the void space. Optimizing
the effect of spacing between injection and production sections represents another
interesting problem to be addressed later in this report.

Figure 8 displays bottom-hole pressure curves for injection and production in Case 1.  A
large pressure differential of about 3000 kPa exists initially between the two sections of the
well. Over time, the reservoir pressure decreases because we produce more fluids than we
inject. This also causes the injection pressure to decrease. Figure 9 displays a temperature
profile at 100 days for Case 1. Light shading corresponds to high temperature, and dark
shading to low temperature. At late times, a large steam chamber grows in the middle region
of the system.  At 100 days, however, the steam chamber is just beginning to grow above
the area between the injection and production sections. It is important to maximize the
amount of net heat injection into the reservoir at early times to maximize the size of the
heated volume surrounding the wellbore.

Case 2, Extreme Pressure Differential Prior to SAGD. In the extreme pressure
differential case, the injection rate constraint is increased and this increases the pressure
differential between the injection and production wells. Figure 10 displays the bottom-hole
pressure histories. For the first 100 days, steam is injected at roughly 7000 kPa forcing
steam into the formation and increasing the average reservoir pressure. Figure 11 displays
the production response for the extreme period in the first 100 days followed by SAGD.
Observing the oil rate in the first 100 days and comparing to Fig. 7, we see that the oil rate
ramps up faster than Case 1. This is logical because Case 2 is an accelerated version of
SAGD.

Figure 10 also indicates that a very high injection bottom-hole pressure is obtained
between 0 and 100 days. High pressure results because the water production rate is
substantially less than the steam injection rate, as shown in Fig. 11. Under the given
conditions a limited amount of steam short-circuits, and an appreciable amount of steam
enters the reservoir and increases the reservoir pressure. Pressure does not exceed the
critical pressure where the formation parts or fractures.

If we view the oil production rate in Fig. 11 during and  after the extreme period, it is
obvious that we have improved response. Direct comparison of Cases 2 and 1 is somewhat
misleading. Injection conditions have led to high reservoir pressure at the beginning of
SAGD, causing significant production through pressure depletion in addition to gravity
drainage of heated reservoir fluids. A better comparison is the temperature profile along the
length of the well displayed in Fig. 12. The profile represents a relative time similar to the
Case 1 profile, 100 days after SAGD inception. Again, light shading is high temperature and
dark shading is low temperature. The profile for Case 2 is much more favorable. There is a
larger heated area with a larger steam chamber. The steam chamber forms in the middle of
the well because pressure drawdown is large; thus, the steam flux is largest in this location.

Case 5, One Cycle Prior to SAGD. Our cyclic case is very similar to typical cyclic
conditions common in many thermal recovery operations.  We inject steam along the entire
well for 50 days, let it soak for 10 days, then produce along the entire length of the well for
120 days.  The injection and production profiles in Fig. 13 summarize this cycle of steam
injection, shut in, production followed by SAGD.

Figure 14 shows that the bottom-hole pressure increases to about 8000 kPa during the
cyclic phase, but still remains within a feasible range. Because the oil is very viscous, this
energy is rapidly depleted from the reservoir when production begins. From the oil
production rate after the cycling period in Fig. 14, it is again obvious that SAGD response is
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improved. The slow increase of production rate found in Case 1, Fig. 7, is not evident here.
The minimum production rate at roughly 200 days occurs because reservoir pressure is
depleted somewhat following the cyclic period, as shown by the plot of well bottom hole
pressure in Fig. 14. Again, the maximum oil production rate is about 80 m3/day. In this case,
the reservoir pressure at SAGD inception is similar to that in Case 1. We conclude that
SAGD performs better because the near-wellbore area is heated.

Figure 15 displays the temperature profile at 120 days following SAGD inception. The
temperature distribution is more uniform along the entire wellbore. Also, a large steam
chamber is growing in the area immediately above the injection/production section.
Additionally, the shading indicates that the entire horizontal length of the well has been
heated somewhat. Hence, the rapid production response displayed in Fig. 14. Also, by
comparing Figs. 15 and 12, it is apparent that the heated zone is larger than case 2 above.

Contrary to the extreme pressure differential and SAGD cases where short-circuiting
caused much of the steam to exit the reservoir immediately, the cyclic case is more efficient.
All of the injected steam enters the reservoir and heats the near-wellbore area. One
consequence of this is the uniform temperature distribution along the entire wellbore.
Because of the increased thermal efficiency of the cyclic process, it appears that this
procedure is the most appealing method of initiating SAGD.

Discussion of Early-Time Analysis

The problem of improving early-time performance of SW-SAGD transforms,
essentially, into a problem of heating rapidly the near-wellbore area to create conditions that
allow gravity drainage of oil. More specifically, for a steam chamber to grow, oil viscosity
must be low enough so that fluid drains creating voidage for steam to fill.  After the
conditions necessary for gravity drainage of oil have been initiated by preheating, the SW-
SAGD process allows for continuous steam chamber growth and oil production. Comparing
the various simulation results, cyclic steam injection appears to be the most efficient method
of heating the near-wellbore area. The problem of optimizing the early-time cyclic
procedure is studied further in our companion paper 7.

An important general observation is that regardless of the process, early-time
procedures should be carried out to maximize steam injection and heat delivery to the
reservoir. The goal of any early-time procedure should be to heat the near-wellbore area as
uniformly as possible. This goal is easier to achieve when operating at a maximum steam
temperature.  Later in the SAGD process, pressure can and should be reduced to a target
operating pressure which optimizes efficiency and production rate.

The late time performance for all of the cases is favorable regardless of the early-time
process. This confirms Joshi’s finding that a steam chamber will grow in the reservoir.
Favorable recovery factors are obtainable regardless of the injection/ production
configuration3.

There are obvious factors that will improve or inhibit SW-SAGD performance. For
example, lower viscosity will certainly improve response, as will larger rock permeability
and system compressibility. The actual variance in performance due to differing reservoir
parameters is an interesting problem that we begin to address using a sensitivity analysis in
the next section.

Sensitivity Analysis

We performed a sensitivity analysis of various reservoir parameters to gain a better
understanding of their effect on production performance.  Oil viscosity and gas content,
reservoir thickness, and horizontal to vertical permeability anisotropy were studied.
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The sensitivity analysis base case varies slightly from the base case used in the early-
time analysis. Table 3 displays the operating conditions for the sensitivity analysis base
case. The base case consists of two steam injection cycles followed by SAGD operating
conditions. We adjusted the operating conditions in an attempt to reduce steam short-
circuiting, reduce steam-oil ratio, and to improve efficiency. During the initial cyclic period,
we reduced the maximum reservoir pressure to 8,000 kPa from 10,000 kPa while keeping
the rest of the operating conditions the same.  The steam injection temperature was 296 °C,
which corresponds to a steam pressure of 8004 kPa.  During SAGD, operating conditions
were chosen so that the process operated near the original reservoir pressure of 2654 kPa.
Maximum injection pressure was set slightly above initial reservoir pressure at 3610 kPa;
minimum production pressure was set slightly below initial reservoir pressure at 2230 kPa.
The steam injection temperature was reduced to 244 °C from 295 °C. A steam temperature
of 244 °C corresponds to a steam pressure of 3610 kPa. Recall that initial reservoir
conditions were chosen to approximate field conditions4. The rate constraints remained the
same at 300 m3/d maximum liquid production and 200 m3/d maximum steam injection rate.

Between the injection and production sections of the horizontal well, a 30 m long
unperforated section was added. This is an attempt to force steam to penetrate substantially
far into the reservoir and reduce the amount of steam short-circuiting.

Sensitivity Cases

The various cases created in the sensitivity analysis include: (i) a base case with the
properties in Table 1 and operating conditions shown in Table 3, (ii) dead oil to examine the
effect of solution gas, (iii) an increase in pay thickness to 28 m, (iv) a reduction in pay
thickess to 4 m, (v) permeability anisotropy kh:kv of 1, (vi) kh:kv equal to 2, (vii) kh:kv equal
to 10, (viii) oil viscosity of 20 Pa-s at initial reservoir temperature (20,000 cP), and (iv) oil
viscosity of 40 Pa-s (40,000 cP) at initial reservoir temperature. The viscosity versus
temperature relation for the base case is given in Table 1 and those for the 20 and 40 Pa-s
cases are listed in Table 3.

All calculations in the sensitivity cases include a separation of 30 m between injector
and producer sections of the well to achieve better steam distribution in the reservoir. Two
periods of cyclic steam injection precede continuous injection and production. In both
periods, steam is injected for 50 days at a rate of 300 m3/day with a maximum allowed
pressure of 8000 kPa. The soak period is 10 days and the length of production is a relatively
short 40 days to avoid large heat withdrawal from the reservoir. Continuous SAGD
operating conditions follow. All of the various sensitivity runs follow this procedure.

The recovery factor vs. time and cumulative steam-oil ratio (CSOR) versus time curves
are presented in Figs. 16 and 17, respectively. Significant variation is found in production
response between most of the cases. Briefly, production is highest when the reservoir
permeability is isotropic, and is worst when the initial oil viscosity is high or the oil-
saturated thickness is small. The steam-oil ratio is largest for the short formation thickness
of 4 m. The next largest CSOR is for the viscous 40 Pa-s initial oil case. The smallest CSOR
is found for the case with a pay zone thickness of 28 m and for cases where kh:kv approaches
1. Note that recovery factors are less here , Fig. 16, compared to the early-time study, Fig. 5,
because the steam injection pressure has been reduced substantially as seen by comparing
Tables 2 and 3.

Due to space restrictions, it is impossible to display the instantaneous production rates,
bottomhole pressure, and temperature profiles for all of the sensitivity cases. However, a
brief discussion of the results of each of the sensitivity cases will be given.
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The base case oil viscosity is 4.043 Pa-s at initial reservoir conditions. Two additional
cases were created by increasing the initial viscosity to 20 Pa-s and then 40 Pa-s. The
recovery factors at 3650 days (10 years) for these two less favorable cases were 4.5% and
2.7%, respectively, as compared to 10.6% for the base case. The cumulative steam-oil ratios
were also unfavorable. The CSOR were 3.7 and 4.8 after 10 years for the 20 and 40 Pa-s
cases, respectively. The problem is quite simple: it is hard for the viscous oil to drain and
therefore it cannot be replaced by steam. In the base case, the average oil production rate is
75 m3/day over the 3650 days of production and excluding the startup period. For the 20 Pa-
s case the average oil production rate is 30 m3/day while for the 40 Pa-s case it is 20
m3/day. As the viscosity increases the average oil production rate decreases, it becomes
difficult to meet the steam injection target, and the size of the steam chamber is smaller
compared to the less viscous cases.

The base horizontal to vertical permeability ratio, kh:kv, is 5. The vertical permeability
was adjusted to create three more cases with ratios of 1, 2, and 10. In all cases, the
horizontal permeability remained fixed at 3400 mD. Larger ratios present less favorable
conditions for upward steam migration and oil drainage. As kh:kv increases, cumulative
recovery at a given time decreases and the CSOR increases, as shown in Figs. 15 and 16.

The base case oil composition contained 10% gas by mole which translates to a solution
gas oil ratio of about 28 SCF/STB. An additional case that models a dead oil was created by
reducing the solution gas to 1% by mole. The two effects of solution gas in regard to the oil
phase are to increase oil-phase compressibility and reduce the oil-phase viscosity. Oil phase
viscosity is computed as a mole fraction weighted sum of the oil and gas component
viscosities6. Recovery factor and CSOR were less favorable with the dead oil at 9.2 % and
3.0 after 10 years as compared to 10.4% and 2.8 for the base case. Likewise, the average oil
production rate is 64 m3/day over the ten year period as compared to 80 m3/day for the base
case.

Discussion of Sensitivity Analysis

Taken together, the results from the sensitivity analysis suggest that application of SW-
SAGD to exceptionally viscous oils will be difficult.  When the initial viscosity is greater
than 10 Pa-s, oil drainage becomes very slow and it is difficult to form a large steam
chamber.  Likewise, the application of SW-SAGD to thin oil zones with thickness of
roughly 4 m does not appear to be feasible.  A steam chamber of significant height must
develop for efficient oil drainage.  On the other hand, the 19.6 and 28 m thick cases showed
significant recovery and little difference was found between theses two cases.

The presence of solution gas also aids recovery somewhat. Even though the oil is
viscous and the amount of gas low in both cases, volumetric expansion of the oil is aided by
solution gas and cumulative recovery increases by 10% relative to the dead oil case at 3650
days.

As expected, oil recovery improves as the permeability anisotropy decreases. Both
steam injection and oil drainage are aided as the vertical permeability increases relative to
the horizontal. Resistance to flow in the vertical direction decreases relative to horizontal.
Additionally, less short circuiting occurs as kv increases relative to kh.

Injector to Producer Spacing

In all of the runs in the sensitivity analysis, 30 m of unperforated well separated
injection and production regions. Separating the regions further increases the length of time
required for steam to flow from the injection to the production section and thereby improves
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growth of the steam chamber. However, separation between injection and production
regions delays oil production.

To quantify the effect of separating injection and production regions, we performed the
following highly approximate analysis. The Darcy velocity of a particle or volume of steam
(uv) flowing upward above the horizontal injection section is given by

uv = −
kvkrs

µs
∆ρg (1)

where kv is the vertical permeability, krs is the relative permeability to steam, µs is the steam
viscosity, ∆ρ is the density difference between the oil and steam, and g is the acceleration
due to gravity.  The Darcy velocity in the horizontal direction (uh) between the injection and
production regions  is given by

uh = −
khkrs

µs

dp
dx

(2)

where kh is the horizontal permeability and dp/dx is the pressure gradient in the horizontal
direction.

The characteristic times required for a particle to travel to the top of the reservoir (tv)
and from the injection section to the production section (th) are given by

t v =
h

uv
(3)

and

t v =
L

uh
 (4)

where h is the height of the reservoir and L is the distance between injection and production
regions. If the tv:th ratio is larger than one, then the time required for a particle to travel to
the top of the reservoir is larger than the time required to travel to the production section.
Therefore, we expect a large amount of steam short-circuiting. Conversely, if the tv:th is
close to 1, we would expect limited steam short-circuiting, better steam flow through the
reservoir, and increased steam chamber growth.

Substituting the Darcy velocity equations into the characteristic time equations and
simplifying allows us to calculate the ratio in terms of available parameters.

 
tv
t h

=
h
L

kh
kv

dp

dx
∆ρg

(5)

We can approximate dp/dx as,

 
dp

dx
≅

∆p

L
=

pinj − pprod

L
(6)

The subscripts inj and prod refer to injection and production pressure. Substituting this into
Eq. 5 yields

 
tv
t h

=
h

L2
kh
kv

(pinj − pprod )

∆ρg
(7)
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For the base case of the sensitivity analysis and using the properties displayed in Table
4, we calculate a tv:th value of 12. Therefore, we do not expect steam to have a strong
tendency to flow upward. Although this analysis is just an approximation, it does help us to
estimate if short-circuiting will be an immediate production problem. A more thorough
analysis would consider variations in temperature, pressure, density, and viscosity as well as
a more complete description of the pressure distribution.

To gauge the effect of greater distance between the injection and production regions,
additional simulations were conducted using the properties of the base case for the
sensitivity analysis, Table 3. As previously, two cycles of steam stimulation preceded
continuous steam injection. Separation sizes of 60, 90, and 120 m were examined. These
distances correspond to tv:th of  3.0, 1.3, and 0.75, respectively. In all cases, the length of the
injection and production regions is the same only the distance between the two changes.

Recovery factor and CSOR histories for these calculations are given in Figs. 18 and 19.
The general trend over 3650 days is that recovery decreases as the injection to production
region spacing increases. The recovery factor for the 30 m separation distance is 10.4 %
after 3650 days whereas that for the 90 m separation is 9.7%. On the other hand, the CSOR
decreases only slightly as the separation size increases. This indicates that recovery
efficiency has not increased greatly with the addition of unperforated well between the
injection and production regions.

Throughout, we have specified equal lengths of injection and production regions of the
well for simplicity. In practice, this is both unnecessary and unlikely to be the case. It is
probable that the injection region could be shortened considerably thereby devoting a
greater portion of the well to production. As steam is much less viscous and dense than the
oil, steam mobility is large. Thus, it should be possible to distribute steam in the reservoir
and develop a steam chamber over the horizontal well with a much smaller perforated
section provided that steam short circuiting from injector to producer regions is minor. We
do not attempt such an analysis here.

Conclusions

Here it is shown that to improve early-time performance of SW-SAGD, it is necessary
to heat the near-wellbore region rapidly and uniformly to reduce oil viscosity and promote
gravity drainage. Cyclic steaming, as a predecessor to SW-SAGD, represents the most
thermally efficient early-time heating method. Uniform heating along the length of the
wellbore appears achievable with cyclic steam injection. Immediately placing a cold well on
SAGD hinders the early-time heating process and initial production response in this case
will be low. Regardless of the early-time process, it should be performed to provide
maximum heat delivery to the reservoir. Additionally, despite different initial procedures,
the oil production rates after several years of steam injection are all very similar.

The sensitivity analysis performed here indicates that SW-SAGD is most applicable to
heavy oils with initial viscosity below 10 Pa-s (10,000 cP) Additionally, the reservoir must
be sufficiently thick to allow significant vertical steam chamber growth.  Recovery from
thin oil zones is not significant. The sensitivity analysis also indicates that the presence of
relatively small amounts of solution gas aids the recovery process by reducing oil-phase
viscosity and enhances volumetric expansion of the oil on heating.

A simplified analysis was completed to examine the effect of increasing the distance
between regions of the well dedicated to injection and production. The cumulative steam-oil



183

ratio did not decrease substantially with increased separation indicating that this strategy
does not enhance steam chamber growth or recovery efficiency.

Nomenclature

CWE cold water equivalent
g acceleration due to gravity
h net reservoir height
k permeability
kr relative permeability
L distance between injection and production regions
p pressure
t characteristic time
u Darcy velocity
x distance

Greek
µ viscosity
ρ phase density

Subscripts
h horizontal
s steam
v vertical
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Table 1: Grid,  rock, and oil property description.

Grid System Rock Properties
total number of
blocks

5,568 porosity 33%

x-dimension 1,400 m kh 3,400 mD
y-dimension 80 m kv 800 mD
z-dimension 19.6 m
well length 800 m

Reservoir Properties Oil Properties
initial pressure 2,654 kPa components water, oil,  and gas
initial temperature 16 °C initial composition 90 % (mole) oil
initial So 85% 10% (mole) gas
initial Sw 15% viscosity (mPa-s)

versus temperature (K)
function

µ = 1.74x10−6  exp
6232.74

T
 
 
  

 
 

Table 2: Operating conditions for early-time performance study.

Operating ConditionProperty
SAGD Extreme Cyclic Circulating

steam
temperature (°C)

295 295 295 295

maximum injection
rate (CWE m3/day)

200 600 300 300

maximum injection
pressure (kPa)

10,000 10,000 10,000 10,000

maximum
production rate
(m3/day)

300 600 300 300

minimum production
pressure (kPa)

500 500 500 500
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Table 3: Description of sensitivity analysis.

Operating ConditionProperty
Initial Cyclic SAGD

steam
temperature (°C)

295 244

maximum injection
rate (CWE m3/day)

300 300

maximum injection
pressure (kPa)

8000 8000

maximum
production rate
(m3/day)

300 300

minimum production
pressure (kPa)

2,230 500

Oil Viscosity
20,000 mPa-s case
(µ (mPa-s), T(K))

µ = 8.61x10−6  exp
6232.74

T
 
 
  

 
 

40,000 mPa-s case
(µ (mPa-s), T(K))

µ = 1.72x10−5  exp
6232.74

T
 
 
  

 
 

Table 4: Parameters used to calculate tv/th.

Parameter Value
h 19.6 m
L 30 m
kh 3400 mD
kv 800 mD
pinj 3230 kPa
pprod 2230 kPa
oil density 950 kg/m3

steam density 42.6 kg/m3

g 9.8 m/s2
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3.5 AN ANALYTICAL MODEL FOR SIMULATING HEAVY-OIL RECOVERY BY
CYCLIC STEAM INJECTION USING HORIZONTAL WELLS

(U. Diwan and A.R. Kovscek)

Abstract
In this investigation, existing analytical models for cyclic steam injection and oil

recovery are reviewed and a new model applicable to horizontal wells is proposed. A new flow
equation for oil production during cyclic steaming of horizontal wells is developed. The model
accounts for the gravity-drainage of oil along the steam-oil interface and through the steam zone.
Oil viscosity, effective permeability, geometry of the heated zone, porosity, mobile oil saturation,
and thermal diffusivity of the reservoir influence the flow rate of oil in the model. The change in
reservoir temperature with time is also modeled, and it results in the expected decline in oil
production rate during the production cycle as the reservoir cools. Wherever appropriate,
correlations are incorporated to minimize data requirements. A limited comparison to numerical
simulation results agrees well indicating that essential physics are successfully captured.

Cyclic steaming appears to be a systematic method for heating a cold reservoir provided
that a relatively uniform distribution of steam is obtained along the horizontal well during
injection. A sensitivity analysis shows that the process is robust over the range of expected
physical parameters.



192

Contents
List of Tables …………………………………………………….   2
List of Figures ……………………………………………………   2
Nomenclature …………………………………………………….   3

1. Introduction ………………………………………………………   5
1.1 Horizontal Wells …………………………………………………   5
1.2 Cyclic Steam Injection …………………………………………..   5
1.3 Existing Models …………………………………………………   6

2. Model Development …………………………………………….   7
2.1 Introduction ……...………………………………………………   7
2.2 Injection and Soak Periods …………………………………….   8
2.3 Heat Remaining in the Reservoir ………………………………...   9
2.4 Production Period ………………………………………………... 11

2.4.1 Development of Flow Equation ……………………………….…. 12
2.5 Property Correlations …………………………………………….. 13

2.5.1 Oil and Water Viscosities ………………………………………… 13
2.5.2 Fluid Saturations and Relative Permeabilities ……………………. 14

2.6 Algorithm for Calculation Scheme ……………………………….. 14
2.6.1 Computer Code …………………………………………………… 15
2.6.2 Program Structure ………………………………………………… 15

3. Validation of Model, Results and Discussions …………………… 15
3.1 Sensitivity Analysis ….…………………………………………… 16

3.1.1 Base Case ………………………………………………………… 16
3.1.2 Sensitivity to Steam Quality ……………………………………… 17
3.1.3 Sensitivity to Formation Thickness ………………………………. 17
3.1.4 Sensitivity to Steam Injection Rate ………………………………. 18
3.1.5 Sensitivity to Down-Hole Steam Pressure ……………………….. 18
3.1.6 Sensitivity to Steam Soak Interval ……………………………….. 18

3.2 Discussion………………………………………………………… 19
4. Conclusions ………………………………………………………. 19

References ………………………………………………………… 19
Tables …….………………………………………………………. 21
Figures ……………………………………………………………. 23
Appendix A ………..……………………………………………... 37

List of Tables
Table 1: Data for Model Validation ………………………………………… 21
Table 2: Input Data …………………………………………………………. 22

List of Figures
Fig.1(a) Schematic diagram of heated area geometry ………………………… 23
Fig.1(b) differential element of the heated area ……………………………….  23



193

Fig.2 Schematic diagram of area of cross section of heated area …………….. 23
Fig.3 Base case ……………………………………………………………….. 24
Fig.4 Sensitivity to steam quality …………………………………………….. 25
Fig.5 Sensitivity to formation thickness ……………………………………… 28
Fig.6 Sensitivity to steam injection Rate ……………………………………… 30
Fig.7 Sensitivity to bottom-hole pressure (BHP) ……………………………… 32
Fig.8 Sensitivity to soaking interval …………………………………………... 34
Fig.9 Sensitivity to soaking interval …………………………………………... 36

Nomenclature
A = Cross sectional area ft2 (m2)
AL = Dimensionless factor for linear flow
Cw = Specific heat of water Btu/lb.oF (kJ/kgoK)
fHD = Dimensionless factor that accounts for horizontal heat losses
fVD = Dimensionless factor that accounts for vertical heat losses
fPD = Dimensionless factor that accounts for heat lost by produced

fluids
fsdh = Steam quality at down-hole conditions (mass fraction)
Fl = Ratio of heat lost to heat injected
g = Gravitational acceleration 32.17 ft/s2 or 9.81

m/s2

h = Formation thickness ft (m)
hst = Steam zone thickness ft (m)

hw(T) = Enthalpy of liquid water Btu/lb (kJ/kg)
Hinj = Amount of heat injected during a cycle Btu (kJ)
Hlost = Amount of heat remaining in the reservoir at the end of a

cycle
Btu (kJ)

KR = Reservoir thermal conductivity Btu/ft.D.oF
(kJ/m.d.oK)

ko = Effective permeability of oil Darcy
kst = Effective permeability of steam Darcy
kw = Effective permeability of water Darcy
kro = Relative permeability to oil fraction
krw = Relative permeability to water fraction

∆Hlvdh = Latent heat of vaporization at down-hole conditions Btu/lb (kJ/kg)
L = Length of horizontal well ft (m)

Mo = Volumetric oil heat capacity Btu/ft3.oF (kJ/m3.oK)
Mw = Volumetric water heat capacity Btu/ft3.oF (kJ/m3.oK)
MSH = Volumetric shale (overburden / underburden) heat capacity Btu/ft3.oF (kJ/m3.oK)
MT = Total volumetric heat capacity Btu/ft3.oF (kJ/m3.oK)
Mσ = Volumetric rock heat capacity (Mrr) Btu/ft3.oF (kJ/m3.oK)
Np = Cumulative oil production bbl (m3)

OIP = Volume of oil in place bbl (m3)
ps = Down-hole steam pressure psia, (kPa)
pwf = Bottom hole flowing pressure psia, (kPa)
qo = Oil production rate BPD (m3/d)
qw = Water production rate BPD (m3/d)

iQ = Amount of heat injected per unit mass of steam Btu/lb (kJ/kg)

Qi = Cumulative heat injected Btu/lb (kJ/kg)
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QMAX = Maximum heat entering in the reservoir in one cycle Btu (kJ)
Ql = Heat loss to reservoir Btu (kJ)
ws = Steam injection rate (cold water volume) BPD (m3/d)

Qp = Rate of heat withdrawal from reservoir with produced fluids Btu/D (kJ/d)
rw = Well radius ft (m)
Rh = Heated zone horizontal range ft (m)
Rx = Distance along hot oil zone interface ft (m)
Sors = Residual oil saturation in the presence of steam
Sorw = Residual oil saturation in the presence of water
Swi = Initial water saturation

wS = Average water saturation

tDH = Dimensionless time for horizontal heat loss
tDV = Dimensionless time for vertical heat loss
tinj = Injection period days
tprod = Production time days
tsoak = Soak time days
Tavg = Average temperature of heated zone oF (oK)
TR = Original reservoir temperature oF (oK)
TS = Down-hole steam temperature oF (oK)

TSOAK = Temperature at the end of soaking period oF (oK)
TSTD = Temperature at standard conditions oF (oK)

u = Velocity of the steam-oil interface growth downwards ft/sec (cm/sec)
v = Darcy velocity ft/sec (cm/sec)
Vs = Steam zone volume ft3 (m3)
wi = Total injection rate BPD (m3/d)

WIP = Volume of water in place bbl (m3)
Wp = Cumulative water production BPD (m3/d)
α = Reservoir thermal diffusivity ft2/D (m2/d)

αSH = Shale thermal diffusivity ft2/D (m2/d)
∆p = Pressure drawdown psi (kPa)
∆t = Time step size days
ϕ = Porosity
φ = Potential ft2/sec2 (m2/sec2)
µo = Oil viscosity cp
µst = Steam viscosity cp
µw = Water viscosity cp
ν = Kinematic oil viscosity cs

νavg = Kinematic oil viscosity at average temperature cs

νs = Kinematic viscosity of oil at steam temperature cs
νws = Kinematic viscosity of water at steam temperature cs
ρo = Oil density lb/ft3 (gm/ml)

ρoSTD = Oil density at standard conditions lb/ft3 (gm/ml)
ρst = Steam density lb/ft3 (gm/ml)
ρw = Water density lb/ft3 (gm/ml)
θ = Angle between steam-oil interface and reservoir bed degrees (radians)
ξ = Hot oil zone thickness cm
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Chapter 1
1. Introduction

Shell discovered the process of steam stimulation by accident in Venezuela during
production of heavy crude by steamflooding the Mene Grande field near the eastern shore of
Lake Maracaibo (Butler et al., 1980). During the flood, a breakthrough of steam to the ground
surface occurred and, in order to reduce the steam pressure in the reservoir, the injection well
was allowed to flow back. Copious quantities of oil were produced; from this accidental
discovery in 1959 came the cyclic steam stimulation process, which also goes by the name of
steam soak and huff and puff. Since then, there have been several mathematical models
describing the phenomenon. These range from complex numerical simulators to simple
analytical expressions.

This work concerns the application of horizontal wells to thermal oil recovery. It consists
of an analytical model developed to calculate oil recovery and reservoir heating during cyclic
steam injection. It holds for heavy-oil, pressure-depleted reservoirs where the main driving force
for production is gravity. Our objective is to present a relatively simple model taking into account
gravity-drainage along the sides of the steam-oil interface, the pressure draw down driving force
and the drainage of oil through the steam zone. A brief overview of the analytic and semi-analytic
models for response to steam injection follows next.

1.1 Horizontal Wells
Horizontal wells are applied increasingly in steam injection projects for recovering

heavy-oil (Basham et al., 1998). In the well-known steam assisted gravity-drainage (SAGD)
process, a horizontal injector is located above a horizontal producer (Butler et al., 1980). The
producer below collects and drains away the mobilized oil and water (condensed steam). Often
the injector contains tubing for delivering steam to the well toe, while the annulus directs the
steam to the formation and produces the excess for circulation. Recently, there has been interest
in heavy-oil reservoirs in the application of a single dual-stream horizontal well, where the
annulus assumes the role of the producer, and the tubing, the injector. Cyclic steaming using a
single horizontal well could be considered a variant of SW-SAGD and should be useful for
efficient initial heating of the reservoir volume.

The performance of such wells may be predicted from empirical correlations, simple
analytical models, or thermal reservoir simulation. Empirical correlations can be extremely
useful for correlating data within a field and for predicting performance of new wells in that and
similar fields. However, use of such correlations for situations much different from those that led
to their development might be subject to large errors. On the other hand, one can use a
compositional or black-oil thermal model to predict the performance of cyclic steam operations.
Thermal models are based on the fundamental laws of conservation of mass and heat. Fluid flow
is related to pressure gradient through the concept of relative permeability. In addition, a thermal
model is sensitive to rock properties, fluid properties and geological features. Much of this
information is often unknown and must be estimated from limited data and experience in similar
situations. Furthermore, because of the complexity of the SAGD recovery process, the equations
of a thermal simulator could be difficult and expensive to solve depending upon the exact
scenario. Simply, an analytical model of cyclic steam injection might be useful to expose the
first-order mechanisms of reservoir heating and oil production.

1.2 Cyclic Steam Injection
There are two important reasons to study cyclic steam injection with horizontal wells.

Firstly, the thermal efficiency of cyclic operation is high, and it is thus attractive. Secondly, cyclic
steaming to promote effective initial reservoir heating might precede continuous steam injection
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during a SW-SAGD recovery process (Elliott and Kovscek, 1999). The steam is usually injected at
a fixed rate and known wellhead quality for a short period of time. After some heat loss in the
wellbore, the steam enters the reservoir. Uniform steam distribution along the well is an important
factor in the success of cyclic operations with a horizontal well (Mendonza, 1998). The bottom-
hole quality and pressure may be predicted from a wellbore model of the type discussed by
Fontanilla and Aziz (1982). After injection for a specified period of time, the well is shut-in and the
steam is allowed to "soak" into the reservoir for another specified period. To complete the cycle,
the well is produced until the oil production rate reaches a minimum rate. This cyclic process is
repeated until the recovery per cycle drops below an economic limit. Generally, the length of cycles
increases as recovery matures. Given the bottom-hole conditions during the production cycle, the
wellhead conditions may be predicted.

In principle, the reservoir simulator yields the most accurate answer, but it is only possible
to generalize after many different simulations (Aziz and Gontijo, 1984). Further, the reservoir
simulator is sensitive to data that are often not known or unreliable. It is natural to develop simpler
analytical models (Boberg and Lantz, 1966) that account for the important mechanisms involved in
this process from which we may draw general conclusions about performance. This indeed has
been the case and several models and correlations of varying degree of complexity are available in
the literature for cyclic operation of vertical wells and continuous steam injection in dual horizontal
wells (Butler et al., 1980).

1.3 Existing Models
Briefly, let us touch upon the models that have been created so far. Marx and Langenheim

(1959) describe a method for estimating thermal invasion rates, cumulative heated area, and
theoretical economic limits for sustained hot-fluid injection at a constant rate into an idealized
reservoir. Full allowance is made for non-productive reservoir heat losses. In all cases, the heat
conduction losses to the overburden and the underburden impose an economic limit upon the size
of the area which can be swept out from any one injection point, for a given set of reservoir
conditions, at any given heat injection rate.

Jones (1977) presented a simple cyclic steam model for heavy-oil, pressure-depleted,
gravity-drainage reservoirs. The Boberg and Lantz (1966) procedure was used as the basis for the
reservoir shape and temperature calculations versus time. Here, the only driving force assumed is
gravity, and hence, the model tends to calculate lower initial oil rates than observed in the field. For
matching, certain empirical  parameters are employed.

Van Lookeren(1977) has presented calculation methods for linear and radial steam flow in
reservoirs. He assumes immediate gravity overlay of the steam zone and presented analytical
expressions to describe interface locus. The steam zone shape is governed by factors ALD and ARD

which are dimensionless parameters that characterize the degree of steam override for linear and
radial flow, respectively. A simplistic formulation is given to calculate the average steam zone
thickness.

Myhill and Stegemeier (1978) presented a model for steam drive correlation and
prediction. Assuming a piston like displacement, they modified Mandl and Volek’s (1969) method
to calculate the steam zone volume. It identifies a critical time beyond which the zone downstream
of the advancing front is heated by the water moving through the condensation front. Also, a
thermal efficiency of the steam zone is calculated as a function of the dimensionless time and the
ratio of the latent heat to the total energy injected.
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Butler et al. (1979) presented theoretical equations for gravity-drainage of heavy-oils
during in-situ steam heating. The method described consists of an expanding steam zone as a result
of steam injection and production of oil via the mechanism of gravity-drainage along the interface
of the steam chamber. The oil is produced through a horizontal well located at the bottom of the
steam chamber. Oil flow rate is derived starting from Darcy’s law. Heat transfer takes into account
the thermal diffusivity of the reservoir and it is proportional to the square root of the driving force.
In the case of an infinite reservoir, an analytical dimensionless expression describing the position of
the interface is derived. When the outer boundary of the reservoir is considered, the position of the
interface and the oil rate are calculated numerically. A simple second order polynomial is found to
fit dimensionless oil production versus time. An equation describing the growth of the steam
chamber is also presented. The method is limited to gravity-drainage and linear flow of heavy-oil
from horizontal wells.

Jones (1981) presented a steam drive model that is basically a combination of Van
Lookeren’s (1977) and Myhill and Stegemeier’s (1978) methods. It is limited to continuous steam
drive and it uses empirical factors to match calculated rates with measured values.

Vogel (1982) considered heat calculations for steam floods. Similar to Van Lookeren
(1977), this model works on the basic assumption of instantaneous steam rise to the top of the
reservoir. After this happens, the steam chamber grows downward at a very low velocity. Heat
losses to the adjacent formations are calculated by solving the heat conduction problem from an
infinite plane. The model characterizes two main driving forces affecting oil production: gravity-
drainage and steam drag. In his conclusions, Vogel says that, above a certain limit, injection rates
have little influence on oil production.

Finally, Aziz et al. (1984) presented a model that considers the flow potential to be a
combination of pressure drop and gravity forces. The flow equation for oil and water production
derived is based on the method illustrated by Butler et al. (1979). They solve a combined Darcy
flow and a heat conduction problem. The structure of the model is based on Jones’ (1981) method.
 
Chapter 2
2. Model Development

Cyclic steam injection, commonly referred to as “Huff-n-Puff” involves steam injection
into a pressure-depleted reservoir, followed by soaking, and finally the oil production period. As
stated earlier, oil production is governed by the gravity driving force. The model developed in the
following section incorporates gravity as a prime driving force for oil flow towards the well and
thereby predicts the oil production flow rate per unit length of the horizontal well in the production
period. Heat losses from the heated zone to the overburden and the adjacent unheated oil-bearing
formation are also included.

2.1 Introduction
Steam introduced at the bottom of the formation through a horizontal well, displaces the oil and
rises to the top of the formation where it is trapped if an impermeable cap rock exists. We
assume that the steam zone adopts a triangular shape in cross section as shown in Fig.1. The
steam injection rate around the well remains constant over the entire injection interval.
Therefore, the steam injection pressure generally remains constant over the injection process if
the reservoir is pressure-depleted. Steam heats up the colder oil sand near the condensation
surface and oil drains along the condensation surface by a combination of gravity and pressure
difference into the production well. Steam condensate also drains toward the well. In addition, oil
drains through the steam chamber into the production well. The mechanisms involved in oil
production during cyclic steam injection are diverse and intricate. Reduction of oil viscosity as a
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result of an increase in the temperature greatly improves the production response. Gravity-
drainage and pressure drawdown are the major mechanisms of oil production in the case of
cyclic steaming.

The model is divided into three periods: the injection period, the soaking period and the
production period. Each will be described in detail. In what follows, correlations and equations are
given in field units (oF, psi, ft, BTU, BPD, etc), unless otherwise noted.

2.2 Injection and Soak Periods
During the injection interval, heat losses from the steam zone to the reservoir are

considered negligible although heat losses to the overburden must be considered. The oil sand
near the wellbore is assumed to be at steam temperature Ts, the saturated steam temperature at
the sand face injection pressure. Pressure fall-off away from the well during injection is
neglected during this analysis. In the soaking period, heat is lost to the overburden and the
reservoir. The temperature of the steam zone thus decreases while soaking

.
There are certain important variables such as the steam zone volume and the zone

horizontal range that need to be addressed. The steam zone volume, Vs, during injection is
calculated using the approach of Myhill and Stegemeier (1978) as
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where, Eh,s is the thermal efficiency, ∆T is the temperature rise of the steam zone above the initial
reservoir temperature (assumed to be same as the temperature rise at down-hole condition, ∆Ti),
and MT is the total volumetric heat capacity of the reservoir. Heat capacity is the sum of the rock
and fluid contributions and is written
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where, φ is the porosity, S is the phase saturation, and the subscript β refers to the individual
phases. The quantity Qi  is the cumulative heat injected including any remaining heat from the
previous cycles. The heat injection rate is given by
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where, wi is the mass rate of steam injection in the reservoir, Cw is the average specific heat of
water over the temperature range corresponding to ∆T, fsdh and ∆Hvdh are the steam quality and
the latent heat of vaporization both at down-hole conditions, respectively.

The thermal efficiency is calculated from the function given by Myhill and Stegemeier
(1978) as
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In the expression above, the heat losses to both, the overburden as well as the underburden are
included. In the model proposed, the triangular cross sectional shape of the steam chamber is
such that heat loss occurs only to the overburden. Thus, Eh,s needs to be modified to be consistent
with our model. Now, Eh,s is defined as the ratio of the heat remaining in the zone to the total
heat injected. Thus, the quantity (1-Eh,s) is the ratio of the heat lost to the total heat injected

Fl = 1-Eh,s 4(b)
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Neglecting loss to the underburden, heat losses are approximately one-half of the value predicted
by Eq.4(b). Therefore, the modified thermal efficiency is

(Eh,s)mod = 1- ½  Fl = ½ (1.0 + Eh,s) 4(c)

In Eq.(4a), G(tD) is

( ) ( )D
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The symbols tD and tcD represent dimensionless times given by
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where, αSH is the shale thermal diffusivity, t is the time, ht is the total reservoir thickness and MSH

is the shale volumetric heat capacity. The dimensionless critical time (Myhill and Stegemeier,
1978) is defined by

( ) hvcD
t fterfce cD −≡ 1 (7)

The quantity fhv, the fraction of heat injected in latent form, is given by
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The step-function U in Eq.(4) is defined as

( ) 00 <= xforxU (9a)

( ) 01 >= xforxU (9b)
We assume that the steam zone shape has a triangular cross section with a y-directional

length equal to the length of the horizontal well, L (Fig.1). The volume is written as

sths LhRV = (10a)

where Rh is one-half of the base of the triangular heated zone and hst is the steam zone thickness
also referred to as “Zone Horizontal Range”.

Rearranging Eq.(10a), it follows that,

st

s
h Lh

V
R =   (10b)

2.3 Heat Remaining in the Reservoir
Boberg and Lantz (1966) give the average temperature of the steam zone, Tavg, as

( ) ( )[ ]PDPDVDHDRsRavg ffffTTTT −−−+= 1 (11)

The dimensionless parameters fVD, fHD and fPD are functions of time and represent horizontal loss,
vertical loss and energy removed with the produced fluids, respectively. Aziz and Gontijo (1984)
define them according to the following expressions.
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The horizontal heat losses are expressed as (Aziz and Gontijo, 1984):

DH
HD t

f
51

1

+
=       (12a)

where,
( )

2
h

inj
DH R

tt
t

−
=

α
(12b)

An alternate treatment for the calculation of fHD is presented in Appendix B. The quantity
fHD is the average unit solution for the one-dimensional heat conduction problem in the horizontal
direction:
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The averaged solution for this equation after making use of the appropriate boundary
conditions consistent with the geometry chosen for our model is:
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Similarly, the vertical heat losses are expressed as (Aziz and Gontijo, 1984):
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In the equations above, α is the reservoir thermal diffusivity.

Note that for the first cycle, the initial amount of heat in the reservoir is set to zero. For
all following cycles, the initial amount of energy is calculated based on steam zone volume and
the average temperature at the end of the previous cycle. The average temperature at any time
during the cycle is calculated using Eq.(11) (Boberg and Lantz, 1966). Since Boberg and Lantz’s
equation assumes a cylindrical shape for the heated zone, this equation is just an approximation
for the triangular shape being considered. However, we use the approximations for fHD and fVD as
employed by Aziz and Gontijo (1984) who assume a conical shape with triangular cross section.
This is identical to the cross sectional shape that we have considered. The only difference is that
they rotate the triangular shape through π radians whereas our coordinate system is Cartesian.

The term that accounts for the energy removed with produced fluids is given by

∫=
t

p
MAX

PD dtQ
Q

f
02

1
(14)

where,

( )( )Ravgwwoop TTMqMqQ −+= 615.5 (15)
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where QMAX is the maximum heat supplied to the reservoir. It is calculated at the end of the soak
period as the amount of heat injected plus the heat remaining in the reservoir from the previous
cycle minus the losses to the over burden (Vogel, 1982)

( )
αΠ

−−+= soak
RsRhlastinjMAX

t
TTLKRQQQ 2 (16a)

injsiinj twQQ 376.350= (16b)

)( RavgTslast TTMVQ −= (16c)

where, L is the length of the horizontal well, KR is the thermal conductivity of the reservoir, tsoak

is the soak time, α is the reservoir thermal diffusivity, tinj is the length of the injection cycle, Qlast

is the heat remaining from the previous cycle, iQ  is the amount of heat injected per unit mass of

steam, and ws is the steam injection rate (cold water equivalent).

The steam pressure is calculated from the following approximate relationship (Prats,
1982):

4545.4
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The volumetric heat capacities of oil and water are given as (Prats, 1982):
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As the integral for fPD is not easy to calculate, it is approximated by the following expression
(Aziz and Gontijo, 1984),
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where, ∆t is the time step, n is the time step number, qo and qw are the oil and water production

rates, respectively. The average temperature of the steam zone in the ‘n-1’th cycle is 1−n
avgT .

2.4 Production Period
In this period, the well is opened for oil flow from the reservoir. Presented in the

following section is a model to predict oil production rates during the production period.

Butler et al. (1980) presented a series of publications related to the gravity-drainage of
heavy-oil reservoirs subjected to steam injection in which the theory was directed to linear flow
from horizontal wells. In this development, a similar approach is used. However, the steam zone
shape has been assumed to be a prism with triangular cross section and the horizontal well lies at
the bottom edge. Fig.1 shows the cross sectional shape of the zone.

It is assumed in the derivation of the flow equation that the reservoir is initially saturated
with oil and water, and it is pressure-depleted. After steam flooding, the steam chamber occupies
a prismatic shape. Steam distribution along the well is assumed to be uniform. Heat transfer from
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the steam chamber to the neighboring oil zone is via conduction. During the injection period, the
average temperature of the steam chamber is assumed to be the saturation temperature of the
steam. The oil is heavy enough to permit the injected steam to go to the top of the reservoir as
suggested by Van Lookeren (1977). The reservoir is assumed to be initially pressure-depleted
and is only negligibly re-pressurized when steam is injected. Finally, the potential that causes
flow of oil into the same well that acts as a production well is a combination of gravity forces
and pressure drive.

2.4.1 Development of Flow Equation
In this approach, we assume that gravity-drainage takes place through the entire steam

chamber. Thus, integration is over the entire steam chamber and proceeds angularly with the
appropriate approximation for the area. Gravity and pressure drive are taken as the forces causing
production. The steam zone growth is estimated in terms of the decrease in the angle of
inclination of the zone with the horizontal, θ. The thickness of the steam zone is assumed to be
equal to the reservoir thickness. The heated-zone geometry used to derive the flow equation is
given in Fig.1. The maximum heated dimension in the horizontal direction is Rh, while the
maximum heated dimension in the vertical direction is the reservoir thickness h.

According to Darcy’s law, the flow rate through an incremental area, dA, normal to the
direction of flow [Fig.1(b)], is written

( ) dA
k

dq so
o

o
o φρρ

µ
∇−−= (20)

where, ∇φ is the gradient of potential in the direction of flow, µo is the dynamic viscosity of oil,
ko is the effective permeability to oil, and ρo - ρs is the density difference between the oil and

steam. According to Hubbert (1956 ), the potential is expressed as
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Here, g is the acceleration due to gravity. The differential area depends upon distance, r, above
the well:

θθ rddrdA ≈




=

2

1
sin2 (21)

The oil-phase effective permeability, ko is the product of the absolute permeability, k, and
relative permeability, kro. With r equal to hstcosec(θ) and applying the approximation suggested
in Eq.(21), the differential area reduces to

θθdecLhdA st cos= (22)

It follows upon substitution of Eq.(22) into Eq.(20) that the flow rate becomes
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Integration over one-half of the heated area and multiplication by 2 yields
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2.5 Property Correlations
The steam viscosity, µst, and density, ρst, are calculated by correlations given by Farouq Ali
(1982).
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The average specific heat of water is given by:
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The water enthalpy correlation of Jones (1977) and the steam latent heat correlation of Farouq
Ali (1982) are used:
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where Ts is the steam saturation temperature at the given bottom-hole pressure. The oil and water
densities are approximated by (Aziz, 1984):

( )STDoo TT
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−−= 0214.0ρρ (29a)
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where the subscript STD refers to standard conditions.

The oil density correlation holds for oils with gravity less than 20oAPI and temperature
less than 500oF.

2.5.1 Oil and Water Viscosities
Fluid viscosities as a function of temperature are obtained from relations given by Jones (1977)
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The correlation for oil viscosity is applicable to oils with specific gravity less than 30o API.

2.5.2 Fluid Saturations and Relative Permeabilities
After the soak period and before the production begins, it is assumed that the only

mobile phase around the well is water.

orww SS −= 1 (31)

Once the well is opened for production, it is assumed that the oil saturation around the well
increases. Also, the water saturation is given by

( )
WIP

W
SSSS p

wiwww −−= (32)

where Wp is the water production during the cycle and WIP is the amount of mobile water in
place at the beginning of the cycle (Aziz and Gontijo, 1984). The normalized water saturation
expression is
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The analytical expressions presented by Farouq Ali (1982) for the relative permeabilities
suggested by Gomaa (1980)  are as follows:
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wro Sifk (34c)

2.6 Algorithm for Calculation Scheme
These equations and ideas are translated into a seven-step algorithm:

1. Initialize the model by inputting reservoir, fluid, and operational properties.
2. Calculate steam zone geometry (volume, height, and thickness), temperature, and

saturations during injection and at the start of the production cycle.
3. Calculate oil and water production flow rates at small time steps within the production

interval. Also, calculate the cumulative volume of fluids produced and check against
original fluids in place.

4. Calculate the average temperature of the heated zone during production and at the end of
the production cycle.

5. If additional steps are needed for cycle completion, go to stage 3, else proceed.
6. Calculate the amount of fluids and heat remaining in the reservoir at the termination of

the cycle, and thereby calculate recovery and oil-steam ratio (OSR).
7. If a new cycle is required, repeat steps, else terminate calculations.
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2.6.1 Computer Code
A C++ computer program was written to implement the proposed analytical model. The

prime objective of this code is to validate the physical applicability of the model described in
Chapter 2. The code outputs the oil production rate versus time. For calculating the oil
production, there are many preceding steps that include calculation of thermal properties of the
reservoir matrix and fluids, temperature calculations based on heat losses as well as change in
rheological behavior of the fluids. The correlations used are simple and easy to apply. The
program also calculates the temperature decline of the steam zone with time as well as the water
production rate with time. The calculations are made for each cycle that is comprised of three
periods: the “injection interval”, the “soak interval” and the “production interval”. Note that
production does not begin until the production interval starts. However, the temperature decline
of the heated zone  begins from the soaking interval. At the end of each such cycle, the heat
remaining in the reservoir is calculated based on the temperature. This heat becomes the initial
heat due to steam injection for the next cycle.

2.6.2 Program Structure
The program is structured in the following order:
1. Input data
2. Begin cycle calculations
3. Calculate fluid properties
4. Calculate steam zone geometry at the end of injection
5. Calculate average temperature of steam zone at end of soak
6. Calculate thermal properties of reservoir and fluids at each time step as a function of

average temperature
7. Calculate saturations and relative permeabilities of oil and water
8. Calculate pressure gradient acting as driving force
9. Calculate oil and water flow rate until the end of production
10. Calculate cumulative fluids production
11. Check to see if the end of production or beginning of a new cycle has been reached
The input data is illustrated in Table 1. The complete code is provided in Appendix B.

Chapter 3
3. Validation of Model, Results and Discussions

The proposed model is appropriate for predicting the oil production from pressure-
depleted reservoirs where oil gravity is less than 30o API and steam injection temperatures not
more than 450oF. If the input data are not within these limits, the correlations for fluid properties
and flow behavior are inaccurate.

The model was validated and results were compared with those presented by Elliot and
Kovscek (1999) for cyclic steaming prior to single-well SAGD. The data and the oil viscosity
correlation employed were also taken from Elliot and Kovscek (1999), as shown in Table 1.
Fig.3 depicts the comparison made. It is a plot of recovery factor versus time. The recovery
factor is the ratio of cumulative oil produced to the original oil in place. As observed, the
recovery factor obtained using the analytical model proposed matches quite closely with the
recovery factor data presented by Elliot et al (1999) at early times. At later times, it is slightly
greater, but within reasonable limits.

Runs were made for an example base case and illustrated are the temperature, steam
zone volume, angle of inclination of the steam zone with respect to the vertical, and the
cumulative oil production versus time. A sensitivity analysis is performed in order to understand
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better where cyclic steaming with a horizontal well works best and to verify the limitations of the
model.

3.1 Sensitivity Analysis
The sensitivity of the model was tested for the following parameters:

1. down-hole steam quality
2. formation thickness
3. steam injection rate
4. down-hole pressure
5. soaking interval
6. production interval

3.1.1 Base Case
This case was run using the properties and input data shown in Table 2. Briefly, the oil

gravity is 14 oAPI, reservoir permeability is 1.5 D, and the pay thickness is 80 ft. The curves for
the oil and water production versus time, average temperature of the steam zone versus time and
the steam zone volume versus time are given in Fig.4(a) – Fig.4(d).

Fig4(a) shows the cumulative oil production per foot of the well in STB/ft versus
cumulative time in days. All production and injection information is per foot of the horizontal
well as are steam zone volumes. The three regions correspond to three cycles. Each cycle has
distinct flat zones, which are the injection and soak intervals. After the soak interval in a given
cycle is the production interval. During steam injection and soak there is no production. The
instantaneous oil rate increases rapidly at early times in the production interval, as witnessed by
steep gradients in cumulative production because the oil is hot and its viscosity is low. At later
times, oil production decreases as the temperature declines. The production at late times is
primarily due to gravity-drainage of cool oil.

A similar explanation applies to Fig.4(b) for the cumulative water production versus
time curve. Here, during steam injection and soak there is no production. The instantaneous
water rate increases rapidly at early times in the production interval, accounting for condensed
steam around the well. But at later times water production declines. The production at late times
is primarily due to gravity-drainage of condensed water.

Fig.4(c) depicts the average heated zone temperature versus time. The temperature is at
the steam saturation temperature during the injection interval. During the soaking period it
decreases due to conduction heat losses to the adjacent reservoir and overburden. Since the rate
of heat loss is proportional to the temperature gradient, the temperature decline is greatest at the
beginning of the soak period. At the beginning of the production period, temperature decline
increases rapidly because hot fluids are produced. At later times, the rate of decline decreases.

Fig.4(d) shows the volume of the heated zone versus time. The volume of the heated
zone increases continuously during the injection interval. This is because the amount of injected
heat increases. This trend is in agreement with Eq.16, which gives the volume of the heated zone.
In the soak and production intervals, it remains constant at the value it reached at the end of the
injection period.  At the end of the production interval the volume of the heated zone collapses to
a finite value, Eq.16(c), that accounts for the heat remaining in the hot zone. Therefore, the
volume of the heated zone starts at this finite value at the beginning of the next cycle.

Fig.4(e) shows the cumulative oil-steam ratio (OSR) versus the cumulative time. During
the first injection and soaking intervals, there no production and the ratio is zero. In the first
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production interval, the OSR increases as oil is produced. At the beginning of the second
injection interval, steam is injected and therefore the OSR decreases as no oil is produced. In the
ensuing soaking interval, there is no steam injection nor any oil production. Hence, the OSR
remains constant. In the production interval, as there is oil production, OSR increases and
reaches a peak at the end of the production interval. As krw is very small, the water flow rate,
which is directly proportional to the water relative permeability is also small.

Next, the various sensitivity runs are described.

3.1.2 Sensitivity to Steam Quality
This case was run using four different values, 50%, 70%, 85% and 95%, of down-hole

steam quality at an identical mass injection rate. The results are depicted in Fig.5(a) – Fig.5(d).
Arrows are drawn to indicate the trends with increasing steam quality.

In Fig.5(a), as the steam quality increases from 50% to 95%, the cumulative oil
production increases. As steam quality increases at constant mass flow rate, the total heat carried
by the vapor increases. Hence, there is a greater volume heated as the quality increases, thereby
increasing the quantity of heated oil flowing towards the horizontal production well. An increase
in the steam quality from 50% to 85% almost doubles the cumulative oil produced at the end of
three cycles.

Cumulative water production is not affected much by the increase in steam quality as
seen in Fig.5(b). This is because the total mass of water injected is the same for all four cases.

The temperature of heated zone shown in Fig.5(c) reaches a uniform steam saturation
temperature in the injection intervals and decreases with similar trends in the soak and
production intervals for all the steam quality values.

The volume of the heated zone shown in Fig.5(d) increases for increasing steam quality.
As steam quality increases, the heat carried by the vapor increases, thereby causing an enhanced
contacted heated volume.

3.1.3 Sensitivity to Formation Thickness
This case was run using three different values, 80 ft, 200 ft and 300 ft, of the formation

thickness holding all other parameters and variables constant. The results are depicted in Fig.6(a)
– Fig.6(d). Again, arrows indicate increasing pay thickness.

As the formation thickness increases, the cumulative oil and water production decreases
as the volume of the reservoir contacted by the steam relative to the total volume decreases.
Equation (24) predicts that gravity drainage from within the heated zone increases as the base of
the heated zone, Rh, increases and θ, likewise, decreases. Hence, for identical steam volume, a
short, squat heated zone produces more oil than a taller, narrower heated zone. This is shown in
Fig6(a) and Fig6(b), respectively.

Figure 6(c) demonstrates that the temperature of the heated zone decreases more rapidly
for smaller formation thickness. Essentially, the lesser the formation thicknesses, the larger are
the heat losses to the overburden. One can visualize this by comparing it with a situation where
we have a concentrated heat source in contact with a heat sink. The higher concentration heat
source can be treated analogously to the heated zone with a smaller formation thickness, but with
a higher energy (thermal) density. It is quite straightforward that the higher intensity heat source
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emits more energy. Hence, the smaller the formation thickness, the greater are the losses and the
steeper are the temperature gradients.

Fig.6(d) is self-explanatory. The larger the formation thickness, the larger the volume of
the heated zone due to lesser heat losses.

3.1.4 Sensitivity to Steam Injection Rate
This case was run using three different values, 1 B/D-ft, 5 B/D-ft, and 10 B/D-ft, of the

steam injection rate per foot of well. The results are depicted in Fig.7(a) – Fig.7(d).

Figure 7(a) and Fig.7(b) depict the cumulative oil and water production versus time,
respectively. As the steam injection rate is increased, the oil and water production increases
significantly, as greater amount of heat and water is injected and a greater volume of the
reservoir is contacted, as shown in Fig.7(d).

Figure 7(c) shows the temperature of the heated zone. With increasing steam injection
rates the net temperature decreases over a cycle is comparatively less. This behavior is attributed
to the fact that higher injection rates lead to greater thermal energy in the reservoir volume, and
this energy is slow to dissipate. Although the corresponding heated zone volumes for higher
injection rates are larger, thermal energy dissipation rates are lower.  The surface area for heat
transfer does not increase as rapidly as the heated volume.

3.1.5 Sensitivity to Down-hole Steam Pressure
This case was run using three different values, 150 psia, 200 psia, and 300 psia, of the

down-hole steam pressure. Hence, the injection temperature increases and the mass injection rate
and quality are constant. The results are depicted in Fig.8(a) – Fig.8(d).

A slight increase is observed in the cumulative oil and water production as we increase
down-hole steam pressure. The effects are not very large because of the following reasons. The
steam quality was kept constant at 0.7. As the down-hole pressure is increased, the latent heat of
vaporization decreases, thereby causing more heat to be injected as sensible heat. This fact
causes the amount of heat injected to be low for that temperature. Also, the heat losses are more
sensitive to the temperature than to the amount of heat injected since the temperature is high and
the amount of heat injected is relatively low causing a large fraction of the injected heat to be lost
quickly to the adjacent layers. Another important reason could be that higher temperatures tend
to cause higher initial fluid production and a lot of heat is removed at the beginning of the cycle.

As shown in Fig.8(c), the temperature of the heated zone drops rapidly during soak and
production for higher injection pressures. Larger initial fluid production results due to higher
saturated steam temperatures, and larger heat loss at the beginning of each cycle occurs also.
Heat losses are large because the temperature gradient is large.

3.1.6 Sensitivity to Steam Soak Interval
This case was run using four different values, 15 days, 25 days, 30 days and 50 days, of

the soaking interval. Arrows indicate the lengthening soak interval. The results are depicted in
Fig.9(a) – Fig.9(b).

As shown in Fig.9(a), as the soaking interval is increased, the cumulative oil production
decreases. Increase in the soaking interval implies a greater time for energy dissipation. In our
case, the cumulative heat losses increase due to larger soaking periods. Therefore, the
temperature of the heated zone at the end of the soaking interval is predictably lesser. As a
consequence the oil viscosity is larger and mobility of oil toward the horizontal production well
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in the production period is reduced. Hence, cumulative oil production decreases with increased
soaking time. A similar explanation can be put forth to explain the behavior of the cumulative
water production depicted in Fig.9(b). However, as the viscosity of oil is not a strong function of
temperature, the change in water production observed is small. Quite obviously, the production is
delayed as we have longer soaking time.

3.2 Discussion
As observed, an increase in steam quality results in higher oil production, as there is

more energy per unit mass of the reservoir matrix due to a greater fraction of energy injected as
latent heat of vaporization. This means that a given mass of steam carries more heat due to heat
in the latent form, and hence, a greater oil rate is observed. Therefore, a higher steam quality is
recommended for greater oil production.

For thicker pay zones, the energy density in the reservoir rock matrix is lesser. This is
because of greater volume of the reservoir rock to be contacted by steam. Also, the reservoir
fluid acts as a heat sink. Therefore, too large a pay zone might lead to very low oil rates. On the
other hand, if the pay thickness is too low, then the energy density within the zone is extremely
large, resulting in large losses to the surrounding matrix. A way to get around this problem is to
reduce the energy carried per unit mass of the steam i.e. either decreasing the mass flow rate of
steam or reducing the steam quality.

Higher steam injection rates enhance heat delivery, thereby increasing oil production.
Excessively high injection rates cause over heating of the reservoir matrix that results in larger
heat losses, and thus causing a decrease in the thermal efficiency of the process. The optimum
steam injection rate is the one that results in minimal heat losses and maximum heated volume.

Increasing down-hole steam pressure has a negligible effect on the oil production. Even
though the injection temperature is higher, the excess heat gets dissipated in the soaking interval,
thereby making the process thermally inefficient.

Chapter 4
4. Conclusions

A simple model for the cyclic steam process with a horizontal well has been developed.
It incorporates a new flow equation for gravity drainage of heavy oil. Important factors such as
pressure drive, gravity drive, and shape of the steam zone are incorporated into the model.
Limited comparison of the model to numerical simulation results indicate that the model captures
the essential physics of the recovery process. Cyclic steaming appears to be effective in heating
the near-well area and the reservoir volume.  A sensitivity analysis shows that the process is
relatively robust over the range of expected physical parameters.
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Tables

Table 1: Data for validation of proposed analytical model with results of Elliot et al (1999).

Grid System

3D Cartesian System

Total Number of Blocks 5568

X-Dimension (ft) 4592.0

Y-Dimension (ft) 209.92

Z-Dimension (ft) 64.288

Well Length (ft) 2624.0

Reservoir Properties

Initial Pressure (psia) 385.132

Initial Temperature (oF) 60.8

Initial So (%) 85.0

Initial Sw (%) 15.0

Rock Properties

Porosity (%) 33.0

Operating Conditions

Injection Rate (B/D) 1.57
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Table 2: Input Data

Variable Value

Reservoir permeability (Darcy) 1.5

Reservoir porosity 0.2

Initial water saturation 0.25

Connate water saturation 0.1

Well radius (ft) 0.31

Residual oil saturation to steam 0.05

Residual oil saturation to water 0.25

Initial reservoir temperature (oF) 110

Saturated steam temperature (oF) 365

Reservoir thermal conductivity (Btu/ft D. oF) 24.0

Reservoir thermal diffusivity (ft2/D) 0.48

Time step size (days) 1.0

Injected steam quality 0.67

Steam injection rate (B/D) 1.0

API gravity of oil (oAPI) 14.0

Injection pressure (psi) 150.0

Pay thickness (ft) 80.0
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Figures
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Fig.1(a) Schematic diagram of heated area geometry; (b) differential element of the
heated area.
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Fig.2 Schematic diagram of area of cross section of heated area 
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Fig.3 Recovery factor versus cumulative time (Comparison with results Elliot and
Kovscek, 1999)
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Fig.4 Base case: (a) cumulative oil production versus cumulative time, (b) cumulative water
production versus cumulative time, (c) average steam zone temperature versus cumulative time,
(d) steam zone volume versus cumulative time, (e) oil-steam ratio versus cumulative time.
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Fig.5 Sensitivity to steam quality (a) Cumulative oil production versus cumulative

time (b) steam  zone volume versus cumulative time (e) Oil-steam ratio versus ive

time
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Fig.5 Sensitivity to steam quality: (a) cumulative oil production versus cumulative time, (b)
cumulative water production versus cumulative time, (c) average steam zone temperature versus
cumulative time, (d) steam zone volume versus cumulative time.
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Fig.6 Sensitivity to formation thickness (a) Cumulative oil production versus

cumulative time (b) time (c) Average steam zone temperature versus cumulative

time (d) Steam zone volume versus cumulative time
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Fig.6 Sensitivity formation thickness: (a) cumulative oil production versus
cumulative time, (b) cumulative water production versus cumulative time, (c)
average steam zone temperature versus cumulative time, (d) steam zone volume
versus cumulative time.
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Fig.7 Sensitivity to steam injection rate (a) Cumulative oil production versus

cumulative time (b) Cumulative water production versus cumulative time (c)

Average steam zone temperature versus cumulative time (d) Steam zone volume

versus cumulative time
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Fig.7 Sensitivity to steam injection rate: (a) cumulative oil production versus cumulative time,
(b) cumulative water production versus cumulative time, (c) average steam zone temperature
versus cumulative time, (d) steam zone volume versus cumulative time
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Fig.8 Sensitivity to bottom-hole pressure (a) Cumulative oil production versus

cumulative time (b) Cumulative water production versus cumulative time (c)

Average steam zone temperature versus cumulative time (d) Steam zone volume

versus cumulative time
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Fig.8 Sensitivity to bottom-hole pressure: (a) cumulative oil production versus cumulative time,
(b) cumulative water production versus cumulative time, (c) average steam zone temperature
versus cumulative time, (d) steam zone volume versus cumulative time
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Fig.9 Sensitivity to soaking interval (a) Cumulative oil production versus

cumulative time (b) Cumulative water production versus cumulative time
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Fig.9 Sensitivity to soaking interval: (a) cumulative oil production versus cumulative time (b)
cumulative water production versus cumulative time
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Appendix A

Derivation for calculating fHD

The heat transfer model for conduction cooling of the heated zone can be solved for the horizontal
and vertical conduction mechanisms. We have solved the horizontal heat transfer mechanism
problem. When conduction occurs as described, the temperature at any point within the heated
geometry can be expressed as the product:

Rs

zx

TTV

V

−=
= ννν

(A-1)

where, νx and νz are unit solutions of component conduction problems in the x and z directions,
respectively. Similarly, an integrated average temperature for the heated regions may be computed
as:

zxV ννν = (A-2)

The average unit solution for xν is obtained by solving the one-dimensional heat conduction

problem in the horizontal direction:

tx
xx

∂
∂=

∂
∂ ννα

2

2

(A-3)

Initial and Boundary conditions:

1. νx = 1 ; t = tinit ; 0 < x < a
2. νx = 0 ; t = tinit ; |x| > a
3. νx = 0 ; t ≥ tinit ; x → ∞
4. 

Carlslaw and Jaeger have given the solution for the problem at hand with the boundary condition
specified as:
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1
(A-4)

This solution holds at any vertical distance ‘ y ’ upwards from the horizontal well as shown in the
figure. To find the average xν  over the entire triangular heated area, we have,

∫

∫
= A

A

x

x

dA

dA

0

0

ν
ν (A-5)

If we take an elementary strip parallel to the x-axis, we will be integrating the given function with
respect to x. The ends of this strip are bounded by the lines x = (b/ht).y and x = -(b/ht).y; so that
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these are the limits of integration with respect to x. Next, we integrate with respect to y from y = 0
to y = ht. This, therefore, covers the whole area of the triangle.
Thus, the integral reduces to:

∫ ∫

∫ ∫
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The final integration result is:
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where,
( )

2
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inj
DH R
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−
=

α
(A-8)

Rh is the horizontal range of the extent of the steam zone and is given by,

( )θcotth hR = (A-9)
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4.2  PSEUDOSTEADY STATE FLOW

 (William E. Brigham)

ABSTRACT

Whenever a closed system is being produced at a constant rate, after a period of time the
entire system starts to be depleted.  This depletion rate is constant everywhere in the system.  This
state of dynamic equilibrium is usually called pseudosteady state flow, for the forms of the
equations look a great deal like their steady state equivalents.

These equation forms follow the diffusivity equation.  However, they can be derived
without using that equation, but rather, by integrating Darcy’s Law and by invoking the overall
material balance equation.  The forms of these equations can be examined for all three of the
geometries commonly used by reservoir engineers; linear, radial and spherical.  These solutions are
found to be imbedded in the published transient equations for these geometries.  However, these
transient results are written in such a way that it is not obvious that these concepts have been
included in them.

Thus the results seen in these notes are not new.  But, in the form presented, they give great
insight on the nature of these flow equations, and the concepts leading up to them.  It is always
useful to clarify concepts of this sort.

INTRODUCTION

I have written a series of notes for steady state flow, and for successions of steady states
(Brigham, 1987).    I’m going to deviate from that scenario to discuss transient flow in closed
bounded systems.  This is flow that follows the diffusivity equation; however, in discussing this
type of flow behavior, the diffusivity equation will not need to be used.

PSEUDOSTEADY STATE CONCEPTS

If we have a well producing at a constant rate in a closed system, the pressure at the well
drops with time; also the effect of flow at the well is to cause the pressure drop to move further  into
the reservoir with time.  After a period of time the effect of the well is seen at the outer boundary.
Since it is a closed system, with no flow at the outer boundary, the pressure gradient there must be
zero.  However, since the well is depleting the reservoir, the pressure must drop there with time just
as it does in the remainder of the reservoir.

After a period of time in this closed system, a state of dynamic equilibrium is reached where
the well begins to deplete the entire reservoir.  From this time onward each part of the system will
be depleted at an equal rate, thus the rate at which the pressure declines becomes the same
everywhere.  For now, I’ll have to ask you to take this statement on faith.  Later, after we have
developed the equations, we will see if we can prove that it is valid.
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This type of flow is often called pseudosteady state, for, as we will see later, it has many
characteristics and equation forms similar to steady state flow.  It has also occasionally been called
quasisteady state; however, this phrase never seemed to catch on in the petroleum industry.  Dake,
in his book (1978) calls it semisteady state.  This seems to be commonly used by the worldwide
Shell organization.  I don’t like it because it is bad English; the prefix “semi” means “half,” which is
a meaningless term in this context.  Craft and Hawkins (1959) on pp. 285-289 and others even refer
to this type of flow as “steady state.”  This is clearly wrong.  So I will use “pseudosteady state”
when discussing constant rate depletion of closed bounded systems.  Let us turn now to
consideration of the implications of the depletion mechanism discussed earlier.

If we were to look at a given point in a reservoir, we can ask ourselves how much fluid is
flowing past that point.  It seems clear that the fluid flowing past that point is only that fluid which
is being produced from points further out and which is flowing toward the well.  At the outside edge
the flow is zero, as we move closer to the well the flow increases, and finally, as we get to the well,
the flow reaches the constant rate that was stipulated earlier.

These concepts can be put into equations, the forms of which will depend on the geometry
of the system.  There are three geometries that are convenient to consider; linear, radial and
spherical.  I’ll discuss all three, starting with the cylindrical (radial) system, for that is the one most
commonly seen in reservoir flow.

 CYLINDRICAL (RADIAL) FLOW

Let us consider a closed cylindrical reservoir with a drainage radius, re  , and a wellbore

radius, rw  .  If the flow, q(r) , at any distance, r , is proportional to the volume being depleted

beyond  r  , and the flow at the well, qw  , is proportional to the entire drainage volume, we can

write the following equation:

q(r)

qw
=

re
2 − r2

re
2 − rw

2 (1)

which is merely a mathematical statement of the idea.  Note that Eq. 1 tells us that  q(r)   becomes
zero at  re  , and  qw   at  rw  , as it should.

Let us now write Darcy’s Law for flow at any radius, r  , and substitute Eq. 1 into it.

q(r) = −
2π k hr dp

µ dr
= qw

re
2 − r2

re
2 − rw

2

 

 
  

 
 (2a)

or, upon rearranging:

−
2π k h

qw µ
dp =

re
2 − r2

re
2 − rw

2

 

 
  

 
 dr

r
(2b)
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Let us integrate Eq. 2b from the wellbore out to a general radius, r  , and also out to  re  :

−
2π k h

qw µ pw

p(r)

∫ dp =
re

2

re
2 − rw

2
dr

rrw

r
∫ −

1

re
2 − rw

2

 

 
  

 
 r

rw

r
∫ dr

         −
2π k h p(r) − pw[ ]

qw µ
=

re
2 ln r − ln rw( )

re
2 − rw

2( ) −
r2 − rw

2( )
2 re

2 − rw
2( )   (3)

and, out to  re  :

−
2π k h

qw µ
pe − pw( )=

re
2

re
2 − rw

2

 

 
  

 
 ln

re

rw

 
 
  

 
 −

1

2
(4)

In general, in reservoirs, re >> rw  ; thus the ratio in front of the log term is nearly equal to 1.0,  and

Eq. 4 can be simplified to:

 qw = −
2π k h pe − pw( )

µ ln re rw( )−1 2[ ]
or,

= −
2π k h pe − pw( )

µ ln 0.607 re rw( ) (5)

A glance at either form of Eq. 5 will show why this type of flow is called pseudosteady state.  The
equation certainly looks a great deal like the equation for steady state radial flow.  It differs only by
the constant on the log term.   Equation 5,  however, is  not very useful,  for  it contains the pressure
drop from the outer boundary to the well; and we seldom have a convenient way to measure that
outer boundary pressure.  If we could, it would be much better to relate the equation to the average
pressure, p  .  This pressure could be measured easily in the field by merely shutting in the well and
allowing it to build up to its average pressure.  Of course, transient testing pressure buildup
techniques could also be used to calculate this pressure.

The average pressure we want is the volumetric average.  This means we need to integrate
pressure over the entire volume and divide it by the total volume, as follows:

p = − rw

re
∫ 2π rhφ p(r)dr

rw

re
∫ 2π rhφ dr

or,

    p = rw

re
∫ 2r p(r )dr

re
2 − rw

2( ) (6)
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Actually, we are interested in the pressure drop terms in the equation; so instead of the average
pressure, let us calculate the pressure drop, p − pw  , and include the flow terms by substituting Eq.

3 into Eq. 6, as follows,

−
2 π k h p − pw( )

qw µ
= −

2 π k h

qw µ re
2 − rw

2( )rw

re
∫ 2r p(r) − pw[ ]dr

     =
re

2

re
2 − rw

2( )2 rw

re
∫ 2r lnr − 2r ln rw( )dr

 −
1

2 re
2 − rw

2( )2 rw

re
∫ 2r3 − 2rw

2 r( )dr   (7)

When integrated, Eq. 7 becomes:

−
2 π k h p − pw( )

qw µ
=

re
2

re
2 − rw

2( )2
re

2 ln re − re
2 2 − rw

2 ln rw + rw
2 2 − re

2 ln rw + rw
2 ln rw( )

−
1

2 re
2 − rw

2( )2
re

4 2 − rw
4 2 − rw

2 re
2 − rw

2( )[ ]
                         =

re
2

re
2 − rw

2( )2
re

2 ln re rw( )−
re
2 − rw

2

2

 

  
 

   

             −
1

2 re
2 − rw

2( )2
re

2 − rw
2( )re

2 + rw
2( )

2
− rw

2 re
2 − rw

2( )
 

 
 

 

 
 

       =
re

4 ln re rw( )
re

2 − rw
2( )2

−
1

re
2 − rw

2

 

 
  

 
 re

2

2
+

re
2 + rw

2

4
−

rw
2

2

 

  
 

  

=
re

4 ln re rw( )
re

2 − rw
2( )2

−
1

re
2 − rw

2

 

 
  

 
 3re

2

4
−

rw
2

4

 

 
  

 
 (8)

Again, we can recognize that, re
2 >> rw

2  ,  thus Eq. 8 can be simplified and rearranged to:

qw = −
2π k h p − pw( )

µ ln re rw( )− 3 4[ ]
          = −

2 π k h p − pw( )
µ ln 0.472re rw( )[ ] (9)
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This is the same as Eq. 6.27, p. 288 of Craft and Hawkins, and Eq. 6.12, p. 144 of Dake.  It is an
extremely useful equation for it gives us the flow behavior of a depleting radial system.  As you can
see, it looks remarkably like the steady state radial flow equation with merely an additional
constant.

Considering the constant  (−3 4  or 0.472 ), we might wish to look at this drainage cylinder
in terms of its area rather than its radius.  If we were to define the area, A  , in acres, and  re   in feet,

they are related as follows:

                  A =
π re

2

43,560
or,

re =
43,560 A

π
= 117.75 A (10)

Thus we could change Eq. 9 to:

qw = −
k h p − pw( )

µ ln 117.75 0.472( ) A rw[ ]
       qw =

k h p − pw( )
µ ln 55.6 A rw( ) (11)

Equation 11 is for pseudosteady state flow from a cylindrical reservoir.  From the earlier
description of the flow, however, it should be clear that flow toward a well from any bounded
system will eventually reach pseudosteady state.  Thus we should expect that other outer boundary
shapes might result in an equation similar to Eq. 11.  This supposition is correct.  In fact, there is a
commonly-used areal geometric term in transient flow called the Dietz shape factor, CA  (Dietz,
1965).  In a cylindrical system, CA   is equal to 31.62.  In general if we call the constant in Eq. 11,
ψ  , we can write the equation for pseudosteady flow as,

qw =
k h p − pw( )

141.2 Bµ ln ψ A rw( ) (12)

In oilfield units; and from the constants defined above, the equation which relates  ψ   to the shape
factor, CA  , is:

ψ = 313 CA (13)

or,

qw = −
k h p − pw( )

141.2 Bµ ln
313
rw

A
CA

 

 
  

 
 

(14)

Equation 14 is extremely useful in many reservoir engineering calculations.
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PROOF THAT THE RADIAL PSEUDOSTEADY STATE EQUATION
FITS THE DIFFUSIVITY EQUATION

Earlier I stated that the equations developed here can be proved to fit the diffusivity
equation.  In radial coordinates this equation is:

∂ 2p

∂r2 +
1

r

∂p

∂r
=

φ µ ct

k

∂p

∂ t
(15)

If the equations we have developed fit Eq. 15 and also fit the boundary conditions, they
must be solutions to Eq. 15.  The boundary conditions are:

−
2π k h

µ
r

∂p

∂r

 
 

 
 rw

= qw (16)

and

−
2π k h

µ
r

∂p

∂r

 
 

 
 re

= 0 (17)

The partial derivatives on the left-hand side of Eq. 15 can be evaluated by differentiating Eq. 3, as
can the boundary conditions.  It only remains to evaluate the time derivative on the right side of Eq.
15, to see if Eq. 3 fits Eq. 15; and also to show that Eq. 3 fits Eqs. 16 and 17.

The time derivative requires a little thought.  Earlier I stated that the pressure will drop at a
constant rate in all parts of the reservoir during pseudosteady flow.  Looking at the equation for
average pressure, we see that if the pressures at all points drop at a given rate, so does the average
pressure.  Thus we can write,

∂p(r)

∂ t
=

dp 

dt
=  Constant (18)

and the constant can be evaluated by performing an overall material balance, through the definition
of the compressibility, as follows:

ct = −
1

V

∂V

∂p 

 
 
  

 
T

or,
(dV )T = −ct V dp ( )T (19)

Recognizing that  the temperature, T  , is constant, and by defining the flow rate, qw  , as the time

derivative of  V  , we get:

−qw =
dV

dt
 
 

 
 = −ctV

dp 

dt
 
 

 
 = −π re

2 − rw
2( )φ ct h

dp 

dt
 
 

 
 

    = −π re
2 − rw

2( )φ ct h
∂p r( )

∂t
(20)
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Equation 20 allows us to check whether our assumptions and equations are, in fact, a proper solution
to the diffusivity equation.

To develop the terms of the diffusivity equation, we begin by rearranging Eq. 3, as follows,

  p(r) − pw = −
qwµ
2πkh

re
2(ln r − ln rw )

re
2 − rw

2( ) −
r2 − rw

2( )
2 re

2 − rw
2( )

 

 
 

 

 
 (21)

Differentiating  Eq. 21 with respect to  r , as indicated in Eq. 15 we get,

∂p(r)

∂r
= −

qw µ
2πkh

re
2

re
2 − rw

2( )r −
r

re
2 − rw

2( )
 

 
 

 

 
 (22)

and dividing by  r  , as in Eq. 15,

 
1

r

∂p(r )

∂r
= −

qw µ
2πkh

re
2

re
2 − rw

2( )r2 −
1

re
2 − rw

2( )
 

 
 

 

 
 (23)

We can also differentiate Eq. 22 with respect to   r  , to get the first term in Eq. 15,

∂
∂r

∂p(r)

∂r
 
 

 
 

=
∂2 p(r )

∂r2 = −
qw µ
2πkh

−
re

2

re
2 − rw

2( )r2 −
1

re
2 − rw

2( )
 

 
 

 

 
 (24)

Rearranging Eq. 20 to evaluate the diffusivity term on the right-hand side of Eq. 15, we get,

φµ ct

k

∂p(r)

∂ t
=

φµ ct

k

qw

π re
2 − rw

2( )φ cth

 

 
 

 

 
 

   =
qw µ

π re
2 − rw

2( )kh
   (25)

Now we can substitute Eqs. 23, 24, and 25 into Eq. 15, the radial diffusivity equation.  The result is

qw µ
2πkh

re
2

re
2 − rw

2( )r2 +
1

re
2 − rw

2( )
 

 
 

 

 
 −

qw µ
2π kh

re
2

re
2 − rw

2( )r2 −
1

re
2 − rw

2( )
 

 
 

 

 
 =

qwµ
π re

2 − rw
2( )kh

(26a)
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Note in Eq. 26a, the terms  re
2 re

2 − rw
2( )r2  cancel; while the terms 1 re

2 − rw
2( ) are additive, thus

Eq. 26a simplifies to

qw µ
2πkh

2

re
2 − rw

2( )
 

 
 

 

 
 =

qwµ
π re

2 − rw
2( )kh

(26b)

The terms on both sides of Eq. 26b are identical, thus proving that the diffusivity equation is
honored by Eqs. 3 and 20.

It only remains to show that the boundary conditions (Eqs. 16 and 17) are also correctly
stipulated by Eq. 3.  In Eq. 22, we differentiated Eq. 3 to get,

−
2πkh

qw µ
∂p(r)

∂r
 
 

 
 

=
re

2

re
2 − rw

2( )r −
r

re
2 − rw

2( )
 

 
 

 

 
 (22)

We multiply this by  r , as Eqs. 16 and 17 require, to get,

−
2πkh

qw µ
r

∂p(r)

∂r
 
 

 
 

=
re
2

re
2 − rw

2( )−
r2

re
2 − rw

2( ) (27)

Setting  r = rw , as in Eq. 16, we get,

    −
2π kh

qw µ
r

∂p(r)

∂r
 
 

 
 r= rw

=
re

2

re
2 − rw

2( )−
rw

2

re
2 − rw

2( )=1 (28)

which is Eq. 16, as expected.  Setting  r = re  as in Eq. 17, we get,

    −
2π kh

qw µ
r

∂p(r)

∂r
 
 

 
 r= re

=
re
2

re
2 − rw

2( )−
re

2

re
2 − rw

2( )= 0 (29)

which is Eq. 17, which again as what we expected.   Thus it is clear that Eq. 3 combined with Eq. 20
is a solution to the diffusivity equation during radial pseudosteady state flow.

A thoughtful reader may wonder whether this result can be seen in Van Everdingen and
Hurst’s (1949) or Chatas’ (1953) tables and equations for the solutions to closed systems at constant
rate.  It turns out that it is in their solutions, but the equations are written in such a way that this fact
is hard to see.  Chatas shows the long time result for the constant rate case with a closed outer
boundary.  This result in present day nomenclature is,

  pD(tD) =
1 / 2 + 2tD

rD
2 −1

−
3rD

4 − 4rD
4 ln rD − 2rD

2 −1

4 rD
2 −1( )2

(30a)
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where rD = re / rw

which, after considerable algebraic manipulation, simplifies to,

pD(tD) =
2tD

rD
2 −1

+
rD

4 ln rD

rD
2 −1( )2

−
3rD

2 −1

4 rD
2 − 1( ) (30b)

Note that the last two terms on the right side of Eq. 30b are exactly the same as Eq. 8 of these notes.
But remember that Eq. 8 defines  p D  which is based on  p − pw   , while  pD(tD)  is based on

pi − pw  .  The first term on the right of Eq. 30b, 2tD rD
2 −1( ), defines (pi − p )D  ; it is the

material balance term from Eq. 20.

Chatas’ way of writing the equation, although correct, really didn’t emphasize the physical
concepts involved, while Eq. 30b shows them clearly.  These same ideas will also hold true for the
linear and spherical systems.  I’ll derive the depletion equations for these systems, but will not
bother to prove they fit the diffusivity equations and the boundary conditions, as I have done here for
the radial system.  It seems clear that these proofs will act similarly to these radial flow results.

LINEAR FLOW

Using concepts similar to those used to derive the radial flow equation, for linear depletion at
constant rate, we stipulate that the flow rate at any distance, x  , is proportional to the volume
beyond that point out to the total distance, L  ; and the flow rate at the inner boundary is equal to the
total rate, qw  .  Thus we can write,

q(x )

qw
=

L − x

L
(31)

We can now substitute this concept into Darcy’s Law for linear flow, as follows,

q(x ) =
−kA∂p

µ ∂x
= qw

L − x

L
 
 

 
 (32a)

We can rearrange and integrate out to  x  ,

 −
kA

qwµ
dp

pw

p(x )

∫ =
(L − x) dx

L0

x
∫

−
kA

qwµ
p(x) − pw[ ]= x −

x2

2L
(32b)

and also integrate to the outer boundary at  L ,

−
kA

qwµ
p(L) − pw[ ]=

L

2
(32c)
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This result looks much like Darcy’s Law for linear flow, as we might have expected.  The only
difference is the constant, 1/2.  However, it is not very useful, for it is hard to determine  p(L)  .   As
we did  for  the radial system,  we will look  at  the average  pressure instead.  This is accomplished
easily as follows.

p − pw =
p(x) − pw[ ]dx

0

L

∫

dx
0

L

∫
=

1

L
p(x) − pw[ ]dx

0

L
∫ (33)

Substituting Eq. 32b into Eq. 33, and rearranging, we get,

−
kA( p − pw )

qwµ
=

1

L
x −

x2

2L

 

 
  

 
 dx

0

L
∫ (34a)

which, when integrated, becomes

      −
kA( p − pw )

qwµ
=

1

L

x2

2
−

x3

6L
0

L

            =
L

3
     (34b)

Note that this, too, looks a great deal like the steady state equation.  The only difference is the
constant, 1/3.

We should also be interested in determining  pi − pw  , for this term is the one usually listed

in transient flow solutions.  To do this, we need to define  pi − p .  But this is accomplished easily

by a simple material balance calculation, as we did for the radial system in Eq. 20.  Using linear
coordinates, the material balance results in,

pi − p = −
qwt

φ ct AL
(35)

We can define  tD  as follows, for a linear system,

tD =
k t

φ µct L2 (36)

Substituting Eq. 36 into Eq. 35, we get

−
kA( pi − p )

qwµL
= tD (37)

We wish to define the term, pi − pw  , rather than  pi − p  .  To do this we can write,

−
kA( pi − pw )

qwµL
= −

kA( pi − p )

qwµL
−

kA(p − pw )

qwµL
(38a)
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But the two terms on the right side of Eq. 38a are defined in Eqs. 34b and 37, so the result is very
simple,

−
kA( pi − pw )

qwµL
= pD = tD +

1

3
(38b)

The interested reader will note that Eq. 38b is exactly the same as seen in Nabor and Barham’s
(1964) Eq. 17 on linear flow solutions, just as we should have expected.

SPHERICAL FLOW

By now the reader should be able to predict the methods  used to derive the equations for
spherical pseudosteady state flow.  The flow rate at any radius, r  , is proportional to the volume
beyond  r ,  and the total flow rate is  qw  .  Thus the resulting flow rate equation is,

q(r)

qw
=

re
3 − r3

re
3 − rw

3 (39)

We can now write Darcy’s Law for spherical flow at a general radius,

q(r) = −
4 π kr2dp

µ dr
=

qw re
3 − r3( )

re
2 − rw

3( ) (40a)

and we can rearrange Eq. 40a and integrate out to a general radius, r  , as follows,

−
4π k[p(r ) − pw ]

qwµ
=

re
3

re
3 − rw

3( )
dr

r2
rw

r
∫ −

1

re
3 − rw

3( ) r dr
rw

r
∫

=
re

3

re
3 − rw

3( )
1

rw
−

1

r

 
 
  

 
 −

r2 − rw
2

2 re
3 − rw

3( ) (40b)

and also integrate to the outer boundary, re  ,

−
4π k( pe − pw )

qwµ
=

re
3

re
3 − rw

3( )
1

rw
−

1

re

 
 
  

 
 −

re
2 − rw

2

2 re
3 − rw

3( )     (40c)

We can compare Eq. 40c with the steady state spherical flow equation from  rw    to  re  .

From my notes (Brigham, 1987), it is,

−
4π k( pe − pw )

qwµ
=

1

rw
−

1

re

 
 
  

 
 (41)
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Notice the similarity in the two equations.  The multiplier in front of the  1 r   terms in Eq. 40c
approaches unity when  re   is quite a bit greater than  rw  .  And, similar to the radial and linear

equations, there is an additional term, that is a function of the size of the system, which is subtracted
from the steady state term.  So the pressure drop for pseudosteady state is less than for steady state
flow.

But, as before, we realize that  p − pw  is a more useful way to look at the pressure drop

terms.  To evaluate  p − pw   , we integrate the pressure drop from  rw   to  re   and divide that by

the volume, as follows,

  p − pw =

[p(r) − pw ]r2dr
rw

re
∫

r2 dr
rw

re
∫

=
3

re
3 − rw

3( ) [ p(r) − pw ]r2 dr
rw

re
∫      (42)

We can now substitute Eq. 40b into Eq. 42, to get,

            −
4π k( p − pw )

qwµ
=

3re
3

re
3 − rw

3( )2 rw

re
∫

1

rw
−

1

r

 
 
  

 
 r2 dr  

   −
3

2 re
3 − rw

3( )2
r2 − rw

2( )r2 dr
rw

re
∫                 (43a)

  =
3re

3

re
3 − rw

3( )2
r3

3rw
−

r2

2
rw

re

−
3

2 re
3 − rw

3( )2
r5

5
−

rw
2r3

3
rw

re

  =
re
3

rw re
3 − rw

3( )−
3re

3 re
2 − rw

2( )
2 re

3 − rw
3( )2

  −
3 re

5 − rw
5( )

10 re
3 − rw

3( )2
+

rw
2

2 re
3 − rw

3( ) (43b)

We need to recognize that the dimensionless pressure term in spherical flow contains an  rw
multiplier in the numerator on the left hand side of Eq. 43.  Also it would be more convenient if we
were to express Eq. 43b in terms of the  re / rw   ratio, which I will call  rD .  The first and fourth
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terms in Eq. 43b can then be combined into a common denominator; and the second and third can
also be combined to get,

−
4π k rw ( p − pw )

qw µ
=

2rD
3 +1

2 rD
3 −1( )−

15 rD
3 rD

2 −1( )+ 3 rD
5 −1( )

10 rD
3 −1( )2 (44a)

and after come further algebraic manipulation,

−
4π k rw ( p − pw )

qw µ
=1 +

3

2 rD
3 −1( )−

18rD
5 −15rD

3 −3

10 rD
3 −1( )2

      = 1 +
3

2 rD
3 −1( )−

18 rD
5 −1( )

10 rD
3 −1( )2

+
15 rD

3 −1( )
10 rD

3 −1( )2

   = 1 +
3

rD
3 −1( )−

9 rD
5 −1( )

5 rD
3 −1( )2 (44b)

As we have done before, we can define  pi − p   using the depletion material balance based

on the total system volume,

pi − p =
−3qwt

4π φ ct re
3 − rw

3( ) (45)

For spherical flow, tD   is defined the same way it is for radial flow.

 tD =
kt

φµ ct rw
2 (46)

Substituting Eq. 46 into Eq. 45, and again calling the radius ratio rD   , we get,

−
4π k rw ( pi − p )

qw µ
=

3tD

rD
3 −1( ) (47)

Now we can combine Eqs. 44b and 47 to define the total pressure drop for pseudosteady state
spherical flow.

−
4π k rw ( pi − pw )

qw µ
= pD =

3tD
rD

3 −1( )+1+
3

rD
3 − 1( )−

9 rD
5 −1( )

5 rD
3 −1( )2

(48)

Equation 48 has an interesting property as  rD   approaches infinity.  Note that it degenerates to 1.00
under this condition.  That is, the dimensionless pressure drop is limited to this value.  This is
correct.  The spherical geometry is the only case which exhibits this strange behavior.
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As we have done before,  it would be well to check whether this result agrees with the
published equations.  Chatas wrote a paper on transient behavior for spherical systems (Chatas,
1966).  His equation which results in pseudosteady state flow is his Eq. 53.  His long time result, in
my nomenclature, is,

 pD =
(rD −1)2 + 3rD[ ] 1

6
(rD −1)2(2rD +1) + tD

 
 

 
 

−
1

2
(rD −1)2 1

5
(rD −1)2 + rD

 
 

 
 

(rD −1)
1
3

(rD −1)4 + 2rD (rD −1)2 + 3rD
2 

 
 
 

       (49)

Obviously, to compare Eqs. 48 and 49, I will need to do considerable algebraic manipulation.

First we will look at the denominator of Eq. 49.

(rD −1)
1

3
(rD −1)4 + 2rD(rD −1)2 + 3rD

2 
 

 
 

                           =
(rD −1)

3
(rD −1)4 + 6rD(rD −1)2 + 9rD

2[ ]
                            =

(rD −1)

3
(rD − 1)2 + 3rD[ ]2=

(rD −1)

3
rD

2 + rD +1( )2

              =
(rD −1)

3

rD
3 −1( )2

(rD −1)2 =
rD

3 −1( )2
3(rD −1)

  (50)

Note how the denominator simplifies to a great extent.

These same ideas can be used on the terms in the numerator.  Since it is so long, I’ll divide it
up.  First let’s look at the multiplier on   tD   .  It can  be simplified in a manner similar to that used
above, as follows,

 (rD −1)2 + 3rD[ ]tD =
rD

3 −1( )
(rD −1)

tD (51)

Dividing this numerator term by the denominator we get,

rD
3 −1( )tD

(rD −1)

3(rD −1)

rD
3 − 1( )2

 

 

 
 

 

 

 
 

=
3tD

rD
3 −1( ) (52)

Note that this result is exactly the same as the first term on the right side of Eq. 48.  The remainder
of the terms are only functions of rD  .  The  first  rD   term  in  the numerator can be divided  by the
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denominator to get,

3(rD −1)

rD
3 −1( )2

 

 

 
 

 

 

 
 

(rD −1)2 + 3rD[ ] 1

6
(rD − 1)2(2rD +1) 

 
 
 

=
(rD −1)

2 rD
3 −1( )2

 

 

 
 

 

 

 
 

rD
3 −1( )

(rD −1)

 

 
 

 

 
 (rD −1)2 (2rD +1)[ ]

( ) ( )12

132

12

)12()12(
3

23

3

2

−

+−
=

−

++−=
D

DD

D

DDD

r

rr

r

rrr

      =
2 rD

3 −1( )
2 rD

3 −1( )−
3 rD

2 −1( )
2 rD

3 −1( )= 1−
3 rD

2 −1( )
2 rD

3 −1( ) (53)

Note the constant, 1  , in Eq. 53 is seen in Eq. 48.  The ratio, 3 rD
2 −1( ) 2 rD

3 −1( ) is not seen.

We’ll look at the remainder of the numerator in Eq. 49 to find out if everything works out to result
in Eq. 48.

To  evaluate the  remaining  numerator  term in  Eq. 49,  we again divide by the denominator
(Eq. 50) to get,

     −
(rD −1)2

2

3(rD −1)

rD
3 −1( )2

 

 

 
 

 

 

 
 

(rD −1)2

5
+ rD

 

  
 

  

      = −
3(rD −1)3

10 rD
3 − 1( )2

(rD −1)2 + 5rD[ ]= −
3(rD −1)3

10 rD
3 −1( )2

(rD
2 + 3rD +1)

        = −
3 rD

5 − 5rD
3 + 5rD

2 − 1( )
10 rD

3 −1( )2
= −

3 rD
5 −1( )

10 rD
3 −1( )2

+
15 rD

3 −1( )
10 rD

3 −1( )2
−

15 rD
2 −1( )

10 rD
3 −1( )2

        =
3

2 rD
3 −1( )−

3 rD
5 − 1( )

10 rD
3 −1( )2

−
3 rD

2 −1( )
2 rD

3 − 1( )2
(54)
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We can now combine Eqs. 53 and 54 to get the total of the  rD   type terms.

rD   Function  = 1 −
3 rD

2 −1( )
2 rD

3 −1( )+
3

2 rD
3 −1( )−

3 rD
2 −1( )

2 rD
3 −1( )2

−
3 rD

5 −1( )
10 rD

3 −1( )2

= 1 −
3 rD

2 − 2( )
2 rD

3 −1( )−
3 rD

2 −1( )
2 rD

3 −1( )2 −
3 rD

5 −1( )
10 rD

3 −1( )2

= 1 +
3

rD
3 −1( )−

3 rD
2

2 rD
3 − 1( )−

3 rD
2 −1( )

2 rD
3 −1( )2

−
3 rD

5 −1( )
10 rD

3 −1( )2
     (55)

Clearly the first two terms in Eq. 55 are the same as the first two  rD   type terms in Eq. 48.  It only
remains to see if the remaining terms combine to become the same as the last rD  term in Eq. 48.

We can combine the third and fourth terms to get the following result for Eq. 55.

 rD   Function  = 1 +
3

rD
3 −1( )−

3 rD
2 rD

3 −1( )+ rD
2 −1( )[ ]

2 rD
3 −1( )2

−
3 rD

5 − 1( )
10 rD

3 −1( )2

= 1 +
3

rD
3 −1( )−

3 rD
5 − rD

2 + rD
2 −1( )

2 rD
3 −1( )2

−
3 rD

5 −1( )
10 rD

3 −1( )2

= 1 +
3

rD
3 −1( )−

15 rD
5 −1( )

10 rD
3 −1( )2

−
3 rD

5 −1( )
10 rD

3 − 1( )2

                  = 1 +
3

rD
3 −1( )−

9 rD
5 −1( )

5 rD
3 −1( )2 (56)

Note, Eq. 56 is identical to the  rD   terms in Eq. 48.  So Chatas’ equation is the same as the one we
developed here, just as we had hoped.  Further it is clear that my way of expressing this equation
(Eq. 48) is far simpler than Chatas’ equation; Eq. 49 of these notes.  Thus it gives considerable
insight into the nature of the spherical depletion equation behavior.

CONCLUSIONS

It is clear  from these equation developments, that the pseudosteady state conditions result
in fairly simple equation forms for pressure drop with time.  This statement is true for all outer
boundary shapes, and for all types of inner boundary flow (linear, radial, or spherical).  Further,
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these equations all follow the diffusivity equation, even though this equation was not used to derive
their behavior.

These equations, at first glance do not look the same as those seen in the published
literature.  However, after considerable algebraic manipulation, we find that they are the same.
These more simplified equation forms give considerable insight on the nature to the long time
behavior for all three geometries.
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4.3 WATER INFLUX, AND ITS EFFECT ON OIL RECOVERY
PART 1.  AQUIFER FLOW

 (William E. Brigham)

Abstract

Natural water encroachment is commonly seen in many oil and gas reservoirs.  In fact , there
is more water than oil produced from oil reservoirs worldwide.  Thus it is clear that an understanding
of reservoir/aquifer interaction can be an important aspect of reservoir management to optimize
recovery of hydrocarbons.  Although the mathematics of these processes are difficult, they are often
amenable to analytical solution and diagnosis.  Thus this will be the ultimate goal of a series of
reports on this subject.

This first report deals only with aquifer behavior, so it does not address these important
reservoir/aquifer issues.  However, it is an important prelude to them, for the insight gained gives
important clues on how to address reservoir/aquifer problems.

When looking at aquifer flow, there are two convenient inner boundary conditions to
consider;  constant pressure or constant flow rate.  There are three outer boundary conditions;
infinite, closed and constant pressure.  And there are three geometries;  linear, radial and spherical.
Thus there are eighteen different solutions that can be analyzed.

The information in this report shows that all of these cases have certain similarities that
allow them to be handled fairly easily; and, though the solutions are in the form of infinite series or
integrals, the effective results can be put into very simple closed form equations.  Some equation
forms are for shorter times, and others are for longer times; but, remarkably, for all practical
purposes, the solutions switch immediately from one to the other.  The times at which they switch
depend on the sizes of the systems being considered; and these, too, can be defined by simple
equations.  These simple equation forms provide great insight on the nature of the behavior of these
systems.

Introduction

The recovery from many oil reservoirs is affected by water influx. In fact, worldwide, there
is far more water produced from oil reservoirs than oil. Much of this is natural water influx.  Thus an
understanding of the interplay between aquifers and the oil reservoirs needs to be understood to
make recovery calculations.  Often this subject is treated as though only the aquifer needs to be
looked at.  With this view, the various inner and outer boundary conditions and geometries are
addressed. This approach is useful for it gives insight into the nature of aquifer flow.  For these
reasons it will be discussed here in some detail.  Unfortunately, it is not very useful for real reservoir
problems, for typically we must define the inner boundary conditions for the oil reservoir/aquifer
system.

These boundary condition dilemmas arise in two different ways.  One is when trying to
history match past performance of an oil reservoir/aquifer system.  The other is to predict the future
behavior under various operating scenarios.  These problems, though difficult, are amenable to
solution as will be shown in notes to be written later.  In this set of notes, I’ll address aquifer flow
solutions.
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Aquifer Flow

The equation we use for aquifer flow is the diffusivity equation, the same one we use in well
testing.  Also the geometries used are the same; linear, radial and spherical flow.  Although these
equations are well known, I’ll repeat them here for later reference.

The equations are usually written in dimensionless parameters.  For linear flow, we get,

∂2 pD

∂xD
2 =

∂pD

∂tD
 (1)

where the dimensionless terms used are as follows:

    xD = x / L  (2a)

and    
2Lc

kt
t

t
D

µφ
=      (2b)

where   L = The length of the linear aquifer

And, as in well testing, the definition of  Dp  depends on the inner boundary conditions chosen.  If a
constant rate inner boundary is used,  pD is defined as,

Lq

ppkA
p i

D µ
)( −=      (2c)

where   pi  =  initial aquifer pressure
     A =  cross sectional area of the aquifer

If a constant pressure inner boundary is used, then the definition for  pD is,

pD =
p − pi

pw − pi      (2d)
    where  pw  = inner boundary constant pressure

Note that the subscript, w, is used at the inner boundary just as it is in well testing, even though the
inner boundary is at the original boundary of the oil reservoir/aquifer system.

The dimensionless equation for radial flow is,
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where some of the dimensionless terms are,

wD rrr /=   (4a)
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These equations should look familiar to well testing engineers.  Note that the term, rw , is commonly
used to define the original oil reservoir/aquifer radius.  The dimensionless pressure for the constant
rate inner boundary of a radial system is,

pD =
2πkh(p − pi )

qµ
 (4c)

and for the constant pressure inner boundary, it is Eq. 2d again.

Spherical flow is not very common in aquifers; but it can occur whenever there is an oil
reservoir "bubble" surrounded on all sides and at the bottom by a very large aquifer.  So this equation
will also be addressed briefly, as follows,
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In this case, Dr  and Dt  are defined the same as in radial flow, Eqs. 4a and 4b.  Dimensionless
pressure at constant rate is defined as follows,

pD =
4πkrw (p − pi )

qµ
(6)

Note the similarity in form to Eq. 4c.  For the constant pressure inner boundary, Eq. 2d is again used.

The spherical flow equation can be simplified in an interesting way.  Suppose that we define
a new dimensionless variable, Db , as follows,

DDD prb =        (7)
When we do this, Eq. 8 simplifies to,

∂2bD

∂rD
2 =

∂bD

∂tD
(8)

Thus the spherical flow equation becomes identical in form to the linear equation.  The boundary
conditions, however, are expressed somewhat differently.  We turn now to solutions of these
equations, starting with the radial systems.

Radial Geometry

In general, for all aquifer geometries there are two convenient inner boundary conditions that
can be used; constant pressure or constant flow rate. There are also reasonable assumptions that can
be made for the outer boundary; constant pressure, closed or infinite.  Thus there are six solutions
which should be considered.  These will be grouped together to show their differences in behavior,
and the reasons for these differences.

Constant Rate Inner Boundary  
We will look at the results obtained for all three outer boundary conditions for the constant

rate case, compare them at short and long time, and write simplified equations for their behavior.  To
do all this, we will rely heavily on Chatas’ tables from the Petroleum Engineer, paper in August
1953, of which the important part is duplicated and attached in Appendix A.   Chatas’  tables
borrowed  heavily from work originally done by Van Everdingen and Hurst (1949).  Chatas’
nomenclature is different from the nomenclature we commonly use today, so I will clarify these
differences as they arise.
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Infinite Aquifer
The first constant rate solution we will look at is for an infinite aquifer.  The solutions are

shown in Table 1 by Chatas.  His nomenclature in the table refers to dimensionless time, and labels
it, t .  We now use  Dt  .  The heading labeled pressure change with the symbol, p(t) is ( )DD tp  in
present nomenclature.

A careful look at Chatas’ Table 1 shows that Dp  is approximately proportioned to  2/1
Dt  at

very small times. The reason is that  the pressure has only  changed significantly at points very close
to the inner boundary. Thus we can treat this early time data as though flow was linear, and the
equation for early time for all linear problems is,

DD tp
π
2= (9)

Now let us consider the longer time values of Dp  .  It is well known, in well testing lore,
that at long time in an infinite-acting system, the following simple semi-logarithmic equation is
valid.

)80907.0(ln
2

1 += DD tp  (10)

For practical purposes, Eq. 10 is valid after a dimensionless time ranging from about 20 to 50,
depending on the accuracy of the data.

Since the early time data approaches Eq. 9, and the late time data approaches Eq. 10,  it
seemed likely  that  we  can  use  this  information  to  develop  simple  closed  form approximate
equations.  The short time data were fit to the following equation for Dt ’s ranging from 0.0005 to
2.00,

2/32/1 )(106.04326.0)(1237.1 DDDD tttp +−=  (11)

The greatest error in the fit was 0.60%, far less error than we would expect in field data.

For the long time match, I used Eq. 10 as a starting point and added an empirical time
function which declines as time increases.
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Equation 12 was found to fit Chatas' pD(tD)  data quite well for times, 0.70 ≤ tD ; with a maximum
error of 0.40%.

Since the infinite aquifer solution becomes a semi-log straight line after a period of time, it
can be graphed simply.  Also this same graph can be used to compare this behavior with that of other
outer boundary  conditions [Fig.1, from Aziz and Flock (1963)].  This graph is really remarkable, for
it shows that the lines  for  a  constant  pressure outer boundary look much  like  each  other
(becoming horizontal), and the lines for the no flow outer boundary also look similar in the way they
rise.  We'll discuss these solutions next.
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Constant Pressure Outer Boundary
Consider the cases where the pressure is fixed at the outer boundary, and become constant in

Fig. 1.   With a little thought, we should realize  that  these systems  approach  the  steady  state
condition, for the flow rate is constant, and the outer boundary pressure is fixed, and Darcy’s Law
holds, as follows,

pD = ln(rD)  (13)
This outer boundary condition causes exponential  decline when the data are  graphed

properly.  To show this concept, I've looked at one case in detail, at 0.10=Dr . The exponential
decline equation tells us that, if we were to graph the log of the pressure difference against time on
arithmetic coordinates, we should get a straight line.  For this purpose, the pressure term graphed
should be ( ) ( )DDD tpp −∞  ; and for 10=Dr ,  ( )∞Dp   is equal to 2.303, from Eq. 13.  The
results, from Chatas'  Table 5, are graphed in Fig. 2.  Clearly a perfect straight line is found.  Note
that the first point on this graph is at  10=Dt , and the value of  ( ) [ ]651.1DD tp   is the same  as in
Chatas'  Table 1 for the infinite  system.  Thus, this system can be treated as though it were infinite
for some time, and then the exponential decline equation can be used thereafter.  This exercise makes
it clear why the curves which become horizontal in Fig. 1 look so much like each other.

Clearly, systems at other radii will behave in this same way.  Thus we could derive  closed
form  solutions for the times to switch  from  infinite  acting to exponential behavior, and define the
slopes and interrupts of these equations.  I've not done that here, for the constant pressure case is the
one most commonly used in water influx calculations.

Closed Outer Boundary
The lines that rise above the semi-log straight line in Fig. 1 are for the closed outer

boundary.  They curve on this graph, but if they are plotted on arithmetic paper, we find that they are
straight lines.  The reason for this is simple.  At late times, the entire system approaches pseudo-
steady state flow.  We'll address this concept next.

A commonly used equation relates the difference between the initial pressure and the  inner
boundary    pressure    to   the   reservoir   parameters.   This  equation  is  derived  by
Brigham (1998) and repeated from Eq. 30b of those notes.
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What we would like to do is to compare Chatas' pressures in Table 4, for the closed outer
boundary, with the results one would calculate using various assumptions about the flow.  At early
times, one would expect that the outer boundary would have no effect, while at later times Eq. 14
should be valid.  To test this idea, I've listed pressure data from Chatas' Table 1,  ( )∞Dp  , and from

his Table 4,  ( )cDp  , and from calculations using Eq. 14,  ( )pssDp ,  at values of   5,2=Dr  and

10   in Table 1.  There are also data available from Katz  et al. (1968) for larger radii.  I list their
100=Dr  data in the same way in Table 1.
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Table 1.  Comparisons of Calculated Dp ’s  at Various

Values of Dr  and Dt  for Closed Systems

2=Dr 5=Dr

Dt ( )∞Dp ( )cDp ( )pssDp Dt ( )∞Dp ( )cDp ( )pssDp

0.20 0.4241 0.427 0.4489    3.0 1.1665 1.167 1.2255
0.30 0.5024 0.507 0.5156    4.0 1.2750 1.281 1.3088
0.40 0.5645 0.579 0.5823    5.0 1.3625 1.378 1.3922
0.50 0.6167 0.648 0.6489    6.0 1.4362 1.469 1.4755

   7.0 1.4997 1.556 1.5588
 10.0   1.6509 1.808 1.8088

10=Dr

Dt ( )∞Dp ( )cDp ( )pssDp

15 1.8294 1.832 1.8973
20 1.9601 1.968 1.9983
30 2.1470 2.194 2.2003
40 2.2824 2.401 2.4024
50 2.3884 2.604 2.6044

                                         Comparisons of  
D

p ’s at 100=Dr ,

   Closed Outer Boundary (Katz et al., 1968)

Dt ( )∞Dp ( )cDp ( )pssDp

     100 2.7233 2.723 3.8760
     250 3.1726 3.173 3.9060
     500 3.5164 3.516 3.9560
  1,000 3.8584 3.861 4.0560
  2,500 4.3166 4.335 4.3561
  5,000 4.6631 4.856 4.8561
10,000 5.0097 5.856 5.8562
25,000 5.4679 8.857 8.8569

If we look at these results in detail, certain trends and comparisons become obvious.  First,
the infinite system tables show the smallest pressure drops, but at early times the pressure behavior
for the finite systems closely follows that of the infinite system.  The pseudo-steady state equations
predict the greatest pressure  drops.  But again, note that  the later  time behavior of all  the real
systems closely follow the pseudo-steady state equations.

A most important conclusion can be reached by evaluating the tabulated data in detail.  We
see that one or the other of these simpler equations will predict the values in the tables with an error
of only about 1% over the entire range of data.  In brief, the tables for finite systems are not needed
at all!  We can use the infinite system equations at early times and then switch to the pseudo-steady
state equation to calculate for later times.

To carry the idea out in detail, I have performed these same calculations for a host of Dr ’s

ranging from 1.5 to 100, and have evaluated the  Dt ’s  at the crossover times.  These results are

shown in Fig. 3 as circles.  These data were straightened by graphing against 1−Dr  rather than  Dr .
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The resulting  data  are  shown  as  diamonds  on  Fig. 3.   They  clearly  fall  on a straight line,
whose  slope  is  almost  equal   to  1.00.   The equation is ,

945.1)1(328.0 −= DD rt (15)
In summary, to make calculations for a closed system at constant rate; at early times the

equations for an infinite system can be used, and at late times, Eq. 14 can be used.  Equation 15
defines the time,  Dt  , to switch from early to late time calculations.

Constant Pressure Inner Boundary  
For the constant rate cases, Chatas looked at three outer boundaries:  infinite, closed and

constant pressure. For the constant pressure case, in Table 2, he lists the infinite system, and  in
Table 3  he lists  closed outer boundaries.   He  did  not  look at the constant pressure case.  It is not
too important to consider this case, so we’ll ignore it, and begin by looking at the infinite system in
Chatas’  Table 2, and also at Elig-Economides more recent work, (Appendix B) which is more
accurate.

Infinite Aquifer
Note the headings in Chatas’  Table 2 for the infinite aquifer.  Dimensionless time is labeled,

t , while we commonly use  Dt  now.  The fluid influx term is labeled  ( )tq  .   This is cumulative

influx, and the present nomenclature is  ( )DD tQ  .  Dimensionless influx rate is not listed in this

table, but we will discuss this later, and its  symbol is now ( )DD tq .

For the constant rate inner boundary, we noted that the very early time data closely  followed

the ( ) 2/1
Dt  equation.  This  is also true for the constant pressure case.  It seemed likely that this idea

could  be extended empirically by adding  a  term  using  Dt   to  some  other power.  The following

equation was found to fit the tabulated data for 0.1001.0 ≤≤ Dt ,

( ) 90.02/1 510.0058.1 DDDD tttQ += (16)

The fit is quite accurate over this range.  The values at 01.0=Dt  and 0.05 show rather  large  errors
of up to  2.5 %,  but  these are usually not too important in practical use.  Further, there is likely
some  inherent  error in Chatas' table for these low values of  Dt  for they do not quite behave
logically.  The rest of the data show errors of 1% or less.

At late time, it seemed likely that a semi-logarithmic approach would work,

( ) ( )D
DD

D tba
tQ

t
ln+= (17)

It does!   However, we would like to extend this equation to a shorter time range.  I added an
emperical constant to the  Dt   on the left-hand side of Eq. 17, as follows,

( ) ( )D

D
DD t

t
tQ

ln4887.00407.0

4.1

+
−= (18)

This equation fit Ehlig-Economides' data from  0.10=Dt  to 000,100=Dt , with a maximum error
of 0.40%; very good indeed.

Closed Outer Boundary
In thinking about a closed outer boundary, with a constant pressure inner boundary, we should

realize that, after a period of time, water influx will stop.  This will occur when the entire
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aquifer has been depleted to the inner boundary pressure.  We can calculate the maximum
cumulative influx using simple material balance principles, as follows,

( ) ( )
2

1

2

1/ 22 −=−=∞ Dwe
D

rrr
Q (19)

The  long time results in Chatas’ Table 3 verify this equation.

The early time data in these tables also behave logically.  We would expect that, at early
time, the effect of the outer boundary would not be felt.  So the finite systems should act the same
way as an infinite system. They do!  This is why Chatas started his listings in Table 3 after a period
of time.

Ehlig-Economides (1979), in her Ph.D. dissertation, looked at the flow behavior for a
constant inner boundary pressure.  One important conclusion she reached was that all the finite
systems exhibit exponential decline once the outer boundary is felt. It is interesting that neither van
Everdingen and Hurst (1949) nor Chatas recognized this fact.  I’ll show how this idea can be used to
tranform Chatas' results into simple equation forms.

For any finite system, after a time, the flow rate at the inner boundary is proportional to the
difference between the average pressure and the inner boundary pressure, as follows.
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Also, we can define cumulative influx, using the material balance as follows,
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We can now combine Eqs. 20 and 21, rearrange and integrate, to get,









−

=
)(

ln
2

2

1

2
tQC

C

C

C
t (22)

Next we need to evaluate the constants,  1C   and  2C   in Eq. 22.  At time, 0=t , 0)( =tQ ,

and from Eq. 20 and Eq. 21, we can define  1C  ,

1)0()( Cqtq == (23)
When  ∞=t , the log term in Eq. 22 must be infinite, so we can conclude,

2)()( CQtQ =∞= (24)
As a result, Eq. 22 becomes,
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Equation 25 is only valid from the time when exponential decline begins.  However we can
extrapolate the equation back to 0=t , and it can be changed to the following dimensionless form,
which is not quite correct, but very nearly so.
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It only remains to evaluate these terms from the data in Chatas’ tables.

The evaluation problem is more difficult than it first seems.  It requires a number of
graphical procedures and calculations, plus some correlation work to correct for the slight errors
involved in getting from Eq. 25 to Eq. 26.  The procedure I used was as follows.  First I graphed
[ ])()( DDD tQQ −∞  from Chatas’ Table 3  against Dt   on semilog paper, as suggested by Eq. 26.

The straight line portions of these graphs were extrapolated to 0=Dt .  These are the correct values

of  [ ])0()( DD QQ −∞  for Eq. 26.  After all of Chatas’ tables had been evaluated, an empirical

equation was derived to calculate )0(DQ .  It was a function of  we rr /  , as expected.

Finally, I evaluated the slopes of the semilog straight lines, and compared them to the slopes
one would calculate using pseudo-steady state for the terms in front of the logarithm in Eq. 26.
There  was a slight error since the flow is not quite pseudo-steady state, which I correlated against

we rr /  .

Since all this procedure may be a bit hard to follow, I’ll show a detailed set of example
calculations, for 0.4=Dr  ,  to show the procedure.  For 0.4=Dr ,  from Eq. 19, we can calculate

)(∞DQ  , as follows.

500.72/]1)0.4[(2/]1)/[()( 22 =−=−=∞ weD rrQ        (27)

The data from Chatas’ Table 3 are graphed in Fig. 4.  It is clear they fit a semilog straight
line.  To evaluate the slope, I used values from his table at 0.2=Dt  and  0.26=Dt .

00.2=Dt     ,    442.2)( =DD tQ     ;     058.5)()( =−∞ DDD
tQQ

0.26=Dt     ,    377.7)( =DD tQ     ;     123.0)()( =−∞ DDD
tQQ

The slope is,

4576.6
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Using the slope from Eq. 28, and the value of )00.2()( DD QQ −∞   equal to 5.058, the value of

)0()( DD QQ −∞  can be easily calculated,

)058.5(ln
4576.6

00.2
)]0()([ln +=−∞ DD QQ

 8942.6)0()( =−∞ DD QQ (29)

Thus the value of  )0(DQ   for this  Dr )0.4( =Dr  is,

6058.08942.6500.7)0( =−=DQ (30)

The values of  )0(DQ   for all the radii were correlated into the following equation.

QD (0)  = 0.013 + 0.1756 (rD −1)1.111  (31)

Next I calculated the approximate value for )0(Dq  assuming the pseudo-steady state
equation was valid.  This equation (Brigham, 1998) is,
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Thus the approximate value for the slope is,

7474.6)9787.0(8942.6
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The actual slope is Eq. 28, while the approximate slope is Eq. 33.  The error is thus,

Slope Error 045.1
4576.6

7474.6 ==  (34)

The values of these errors were correlated into an equation for all radii, as follows,

Error = 1.070 −
0.057

(rD
2 −1)0.297 (35)

In brief then, we now know we can calculate the early time constant pressure aquifer data
using Eq. 16 or Eq. 18, depending on the time range, and we can calculate the later time (depletion )
history using Eqs. 26, 33 and 35.  It only remains to define the time to switch from infinite-acting to
finite-acting (depletion) behavior.  Again this required correlating the data in Chatas’ Tables 2 and 3
as a function of rD  . The equation I came up with was,

21.2)1(1600.0)( −= DswitchD rt  (36)
Equation 36 is not very accurate.  The reason, is that for all rD ’s, the infinite-acting data and the
finite-acting data were quite close to each other over a rather broad time range.  Thus the precise
times could not be defined accurately.  This, of course, is good news, for it means that all the
resulting calculations would be reasonably accurate.

To evaluate the accuracy of these equations at the times when we switch from infinite acting
to finite acting behavior, I have listed all the influx values from Chatas’ tables and from my equations
in Table 2.  In this table, the first column shows all the rD ’s  (re / rw  values) listed in Chatas’  Table
3.  The second lists the switchover times calculated by Eq. 36; while the third column shows the
actual times used.  These are near the calculated times, and also compatible with Chatas’  tables.

Table 2.  Influxes From Chatas’  Tables 2 and 3
Compared to Approximate Equations

∞  Acting DQ Finite Acting DQ
Dr

Calc.

switchDt )(

Eq. 36
switchDt )(

Used
Eqs. 16
and 18

Chatas’
Table 2

Eq. 26 Chatas’
Table 3

Max.
Diff.
(%)

  1.5   0.035   0.050   0.2710   0.278   0.2753   0.276 2.58
  2.0   0.160   0.15   0.5022   0.520   0.5064   0.507 3.54
  2.5   0.392   0.40   0.8927   0.898   0.8940   0.897 0.59
  3.0   0.740   0.70   1.255   1.251   1.257   1.256 0.46
  3.5   1.212   1.00   1.568   1.569   1.574   1.571 0.56
  4.0   1.814   2.00   2.448   2.447   2.443   2.442 0.24
  4.5   2.55   2.50   2.836      *   2.836   2.835 0.04
  5.0   3.43   3.50   3.554      *   3.552   2.542 0.34
  6.0   5.61   6.0   5.150   5.153   5.144   5.148 0.17
  7.0   8.39   9.0   6.859   6.869   6.853   6.861 0.23
  8.0 11.80 12.0   8.446   8.457   8.436   8.431 0.31
  9.0 15.85 15.0   9.970   9.949   9.932   9.945 0.38
10.0 20.6 20.0 12.36 12.32 12.29 12.30 0.57
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The fourth and fifth columns compare the DQ ’s for the infinite acting system.  The fourth
column is from my Eq. 16 for rD ’s up to 7.0, and from Eq. 18 for the three larger rD ’s; while the
fifth column lists the results from Chatas’  Table 2 for these same times.

The sixth and seventh columns show the same kind of information for the finite systems.
The sixth column shows the predicted values of DQ   from Eq. 26, while the seventh column shows

values listed in Chatas’  Table 3. It is important that, at any rD  , all four values of  DQ  are very

close to each other.  To compare them in detail, I’ve listed the maximum differences in the DQ
listings in the eighth column.  Note that the first two show differences of 2.58 and 3.54%, while all
the others are less than 1% in maximum difference.  This is a remarkably accurate result!

The final evaluation is to compare the calculated exponential decline slopes (using all the
material discussed here) with the slopes  found  from  Chatas’ Table 3.   The  equation

for the decline using my method is as follows,

Calculated Slope   
)()0(

)0()(

Errorq

QQ

D

DD −∞
=  (37)

The decline rates calculated for these systems are quite accurate.  The maximum error is 0.71%.

Linear Geometry

The behavior of a linear aquifer is far simpler than a radial aquifer.  The mathematics of the
problem were first published by Miller in 1962, but shortly after that a quite elegant piece of work by
Nabor and Barham (1964) presented the entire linear aquifer equations and curves in a three-page
paper.  The remarkable result of Nabor and Barham’s work was to  show that all six possible
boundary conditions (Interior Boundary, constant pressure or constant rate; Outer Boundary, closed,
constant pressure or infinite), could be shown with only three equations, or alternatively, three lines
on a single graph. Their paper is attached as Appendix C.

The reason for this behavior becomes obvious when one looks at their equations.  Their Eq.
1 shows the pressure drop for the infinite system with a constant rate inner boundary, while their Eq.
4 shows the cumulative water influx for the infinite system with a constant pressure inner boundary.
Notice that the time relationship is the same for both of them.  In dimensionless form, it is defined in
their Eqs. 9 and 12, as,

π/2)(2/1 DD ttF = (38)

where       2/ Lcktt tD µφ=
                                          and             =L any arbitrary distance, for the infinite system

Other comparisons are also interesting.  Note in Nabor and Barham’s Eq. 11, for the finite
aquifer with the constant pressure at the outer boundary at constant rate, the pressure drop behavior
fits the )(0 DtF   function.  In their Eq. 13, for the finite aquifer with a closed outer boundary and

constant pressure inner boundary, the cumulative water influx solution uses the same  )(0 DtF

function.  )(0 DtF is defined in Eq. 15 by Nabor and Barham.
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It is not too surprising that these  two cases give the same result.  For the pressure drop case,
their Eq. 11, at late time the pressure drop follows Darcy’s Law.  For the water influx case, Eq. 13,
the total water influx is finite due to the sealed outer boundary. The dimensionless equations are
defined so that these constants are both equal to 1.00.

The )(0 DtF  function can be expressed almost exactly using simple analytic solutions.  With

a little thought, we should realize that we should expect exponential behavior, as found in radial
flow.  Using ideas similar to those in Eqs. 25 and 26, we would expect the tabulated data would be a
straight line on semi-log paper. Their  )(0 DtF data are graphed in Fig. 5 for 18.0≥Dt .  These data

veer away from the infinite acting data; but note that the first data point in this graph fits the infinite
aquifer solution, Eq. 38.  So these data act the same as  the  radial system.  At early times they fit the
infinite acting equation.  Then they switch immediately to exponential decline at time,  18.0=Dt ,
as Fig. 5 shows.

The data in Fig. 5 are  a  perfect straight line.  So a simple equation could be used to predict
the cumulative influx behavior with time.  Since the pressure behavior for constant rate with a
constant pressure outer boundary fit the same curve, we could also predict the pressure decline
history for this case.

The last two cases which fit together are the pressure drop prediction for a constant rate with
a sealed outer boundary, and the water influx prediction for constant pressure inner and outer
boundaries.  These both use the  )(1 DtF  equation, Nabor and Barham’s Eq. 17.  This behavior is
also logical.  With the closed outer boundary, the system reaches pseudo-steady  state,  with pressure
a linear function of time. While, with the constant pressure boundaries, the system reaches steady
state and the cumulative water influx will rise linearly with time.  Notice in their Eq. 17, that the long
time result for the )(1 DtF  function is,

3/1)(1 += DD ttF (39)
This is the pseudo-steady state equation for linear systems.

Since a simplification of the  )(0 DtF  curve worked well, it seems logical that a similar

approach would work for the )(1 DtF   curve.  To test this idea, I compared  )(1 DtF   for various
times against the values of Eq. 38 and  Eq. 39, as shown on the following table.

Table 3.  Comparisons of  )(1 DtF  with Eq. 38 and Eq. 39

to Approximate  )(1 DtF

Dt )(1 DtF Eq. 39
3/1+Dt

Eq. 39    Error Eq. 38
)(2/1 DtF

Eq. 38
Error

  0.225 0.536 0.558 0.022 0.535 -0.001
0.25 0.566 0.583 0.017 0.564 -0.002

   0.28 0.601 0.613 0.012 0.597 -0.004
   0.31 0.634 0.643 0.009 0.628 -0.006
   0.35 0.677 0.683 0.006 0.668 -0.009
   0.40 0.729 0.733 0.004 0.714 -0.015
   0.45 0.781 0.783 0.002 0.757 -0.024
   0.50 0.832 0.833 0.001 0.798 -0.034

0.56 0.893 0.893 0.000 0.844 -0.049
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A comparison of the results in this table is similar to the behavior we saw for radial systems.
At late time the pseudo-steady state assumption, is valid, while at early time the infinite-acting
equation is valid.  The cross-over occurs at a time, Dt  ,  between 0.31 and 0.35 with an error of
about 1.4%. Clearly this procedure would simplify calculations of influx for linear aquifers.

Spherical Geometry

The spherical geometry is not too common in water influx, but it can arise whenever there is
a small oil "bubble" surrounded at the sides and bottom by a large aquifer.  The paper by Chatas
(1966) discusses this geometry.  It is far longer than it needs to be, for it could have been simplified
in much the same way that Nabor and Barham simplified the linear systems.

One important point in spherical flow is that vertical permeability,  vk , is often far less than

horizontal permeability, hk  .  Chatas discusses this fact and his Eq. 10 is supposed to give us the

correct value of average permeability, k , to use when these permeabilities differ.  This equation is
wrong!  The correct average permeability is,

( ) 3/12
vh kkk = (40)

as discussed in my notes on injectivity (Brigham, 1985).

We also need to look at the transformed inner boundary that results from scaling.  The z
direction coordinate will be elongated, while the x  and y  directions will be shrunk.  As a result, the
inner sphere  will  be  changed into “rugby ball”  shape,  with  the ball  standing on  its  end,  an
ellipsoid.  To the best of my knowledge, the equivalent radius  equations have not been worked out
for this geometry.

Chatas'  solutions are listed in voluminous tables.  In his table for the infinite system, he lists

De , which is )( DD tq  , DF , which is )( DD tQ  , and Dp .  He shows that there are simple
equations for these terms.  They are,

2/1)(1)( −+= DDD ttq π (41)
2/1)/(2)( πDDDD tttQ += (42)

and ( )2/1)(exp1)( DDDD terfcttp −= (43)
So it really wasn't necessary to list these values.  Equations 41 and 42 are very easy to evaluate.
Even Eq. 43, the most complex one, can be evaluated easily.

Chatas also lists results for finite systems with closed exterior boundaries, and constant
pressure exterior boundaries.  Based on the work we have done for the linear and radial systems, we
would expect that these tables could also be handled with simple analytic solutions.  His table results
indicate this can be done, for some follow exponential decline, while others vary linearly with time.

I am positive that one could develop simple appropriate equations to handle these systems.
However, I have not done it, for I've seldom seen field cases where the spherical geometry is
required.

Conclusions

We've seen that the results of all three geometries (linear, radial and spherical) can be put
into simple equation forms.  These equations are based on the flow physics.  Thus for all the possible
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boundary conditions (Inner Boundary; constant rate or constant pressure:  Outer Boundary; infinite,
constant pressure or closed) the solutions behave in a logical manner.

The linear and spherical systems behave in similar ways, because the spherical equation can
be transformed into a form identical to linear flow.  Thus both geometries show  a square root of
time relationship for the infinite system for predicting encroachment.  For the linear system, the
pressure prediction is also proportional to the square root of time.  While for the spherical system,
the equation is slightly more complex, but still simple.

For the infinite radial systems, the very early time data also follow square root of time
behavior.  For a limited time, simple empirical extensions of this idea are valid for either the constant
pressure or constant flow rate inner boundary.

The very long time behavior of the infinite radial systems are also logical, being functions of
the logarithm of time.  Simple empirical adjustments to these late time results are shown for both the
constant pressure and constant flow rate inner boundary.

For all the finite systems, either a constant pressure or a closed outer boundary can be
assumed.  The early time data for these systems all follow the infinite curves.  Simple equations
define the times when this short time behavior is no longer valid.  As expected, these equations are
functions of the sizes of the systems.

Once the outer boundary begins to be felt, the equations, for all practical purposes, jump
immediately to the long time form expected for that geometry and boundary condition.  For example,
for a constant pressure inner and outer boundary, the cumulative influx varies linearly with time,
following the steady state Darcy equation.  Similarly, for the constant rate inner boundary and a
closed outer boundary, the pseudo-steady state equations define the linear pressure decline behavior.
These statements are true for all three geometries.

By comparison, for a constant rate inner boundary and constant pressure outer boundary,
exponential decline is seen.  The pressure history is a logarithmic function of dimensionless time.
On the logarithmic coordinate we graph, )()( DDD tpp −∞  ,  to depict this exponential behavior.

Similarly, for the constant pressure inner boundary and the closed outer boundary, we also
see exponential behavior.  This, too, has a limit at infinite time, )(∞DQ  , which is defined by the
geometry.  The variable graphed on the arithmetic coordinate is again the dimensionless time, while
the logarithmic coordinator is  )()( DDD tQQ −∞  .

Thus we’ve seen that the exact solutions can be transformed into very accurate simple
approximations which make calculations much easier, and which also give great insight into the
behavior of the various solutions.   These approximate equations can be used to greatly simplify
calculations.
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PROJECT 5:  FIELD SUPPORT SERVICES

To provide technical support for design and monitoring of DOE sponsored or

industry initiated field projects.
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5.1 A COMPARISON OF MASS RATE AND STEAM QUALITY REDUCTIONS TO
OPTIMIZE STEAMFLOOD PERFORMANCE

(Gregory Messner and William Brigham)

Abstract

Many operators of steamdrive projects will reduce the heat injection rate as the project
matures.  The major benefit of this practice is to reduce the fuel costs and thus extend the
economic life of the project.  However, there is little industry consensus on whether the heat
cuts should take the form of; (1) mass rate reductions while maintaining the same high steam
quality, or (2) steam quality decreases while keeping the same mass rate.  Through the use of a
commercial three-phase, three-dimensional simulator, the oil recovery schedules obtained
when reducing the injected steam mass rate or quality with time were compared under a variety
of reservoir and operating conditions.  The simulator input was validated for Kern River Field
conditions by using the guidelines developed by Johnson, et al. (1989) for four steamflood
projects in Kern River.

The results indicate that for equivalent heat injection rates, decreasing the steam
injection mass rate at a constant high quality will yield more economic oil than reducing the
steam quality at a constant mass rate.  This conclusion is confirmed by a sensitivity analysis
which demonstrates the importance of the gravity drainage/steam zone expansion mechanism
in a low-pressure, heavy oil steamflood with gravity segregation.  Furthermore, the impact of
discontinuous silts and nonuniform initial temperatures within the steamflood zone was
studied, indicating again that a decreasing mass rate injection strategy is a superior operating
practice.

1.  Introduction

It is routine to reduce the heat injection rate in a steamflood project as it approaches the
economic limit.  The major benefit of this practice is to reduce the fuel costs and thus extend
the economic life of the project.  Furthermore, there is evidence that frequent reductions in the
heat injection rate are both theoretically sound and economically advantageous in
steamflooding operations (Vogel, 1984).  There are two general approaches to accomplishing
these reductions:  (1) cutting the mas rate of the injected steam while maintaining the same
high quality; and (2) reducing the steam quality while keeping  the same rate.  Interestingly,
there appears to be no industry consensus on which heat reduction process should be applied
under a given set of reservoir conditions, and operators will often follow different steam
injection rate or quality strategies within the same field.

The purpose of this study is to examine the recovery consequences of reducing mass
rates or steam qualities using a thermal reservoir simulation program.  In addition to the
insights gained, it was hoped that general guidelines could be developed which would help
determine which heat reduction scheme should be applied under a given set of steamflood
conditions.
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2.  Literature Review

Several investigators have studied the effect of varying the heat injection rate with time
in thermal recovery projects.  Chu and Trimble (1975) conducted a reservoir simulation study
using a three-dimensional, three-phase numerical model (Coats, et al., 1974).  After history
matching the oil recovery performance for a single pattern in the Kern River Field, they
investigated the influence of varying the steam injection schedule.  By using the concept of
cumulative discounted net oil (CDNO) as the optimizing criterion, they found that the
economic performance of a steamflood could be improved over the constant rate injection case
by increasing the initial steam rate and then decreasing the steam rate with time.  In all these
cases, the steam quality was held constant at 70%.  While they mentioned that further work was
needed to determine the optimal variations of steam rates, a hyperbolic decline was superior to
a linear variation.  They also concluded that the improvements increased with sand thickness.

The work of Vogel  (1984) provides a more theoretical foundation for placing the Chu
and Trimble results in perspective.  By assuming that steam override is instantaneous, he
derived an analytical descending steam chest model using the equations for linear heat flow
from an infinite plane.  Inspection of his equations showed that the heat rate requirements in a
steamflood should start high and then decline with time.  Figure 1, reproduced from Vogel’s
paper, illustrates typical steam injection rate requirements using his method.  These steam
requirements decline in a somewhat hyperbolic manner.  Although not explicitly expressed,
Vogel appeared to assume that mass rates rather than steam qualities should be cut, because the
key to his method involved estimating the rate of downward growth of the steam zone.

In a similar study, Neuman (1985) developed equations to predict steamflood
performance with steam override.  His approach enabled calculation of steam zone growth, oil
displaced, and consequences of reduced heat injection.  With these equations, a reasonable
match of oil production was made for Chevron’s 10-pattern steamflood in the Kern River Field,
California (Oglesby, et al., 1982 and Blevins and Billingsley, 1975).  Like Vogel, Neuman also
showed the benefits of decreased heat injection with time, but he stated that a reduction in
steam quality is the preferred method.  However, he did not present any field or theoretical
evidence to support this assertion.

Other studies have supported reduced injection rates with time in steamfloods.  Using
scaled physical laboratory models and field data, Myhill and Stegemeier (1978) found that high
initial steam injection rates were desirable to promote faster heating around the producers.
After breakthrough, however, large amounts of heat were produced, indicating that injection
rates should be reduced.  Also, from a mathematical heat balance model, they demonstrated
that oil-steam ratios were improved with increased steam quality.  Farouq Ali and Meldau
(1979) expanded upon these findings.

Spivak and Muscatello (1987) performed a reservoir simulation study of steamflooding
in the South Belridge Field, Kern County, California.  After peak oil production, they found
that tapering the mass injection rate at constant quality, increased the oil-steam ratio over a
constant injection rate case.  The optimum taper rate was 10% per year.  Furthermore, they
showed that, for equivalent heat injection, tapering the steam quality was much less effective
than tapering the mass rate.  However, these comparisons were made for a layered reservoir
model with no vertical communication, so steam override was not a factor.

In the field, reduced injection rates have been reported to be successful in several
steamflood projects.  In Kern River, Bursell and Pittman (1975) saw improved steam-oil ratios
resulting from reduced steam injection rates in three steamflood pilots, presumably with steam
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at a constant high quality.  Ault, et al. (1985)  also reported economic success in reducing heat
injection rates in two Kern River projects, but they accomplished these reductions by cutting
the steam quality to approximately 10%.

There seems to be common agreement that the heat injection rate should be reduced
with time.  However, contradictory evidence exists over whether heat cuts should take the form
of reduced rate at constant quality or reduced quality at constant rate.  Since fuel consumption
is the highest operating cost item in a steamflood, deciding how best to use that fuel is of great
importance.  The purpose of this work is to answer that question.

3.  Methodology

This study relies heavily on a commercial three-phase, three-dimensional thermal
simulation program (THERM) developed by Scientific Software-Intercomp (SSI).  This
program is capable of simulating steamflood, hot waterflood, cyclic steam and in-situ
combustion processes and is fully implicit in the pressure, temperature, saturation and
concentration terms.  All simulation runs used a 9-point finite difference scheme which
accurately handles reservoir heterogeneities and unequal grid spacings, and considerably
reduces any grid orientation effect (SSI, 1988).  All runs were made on a CRAY
supercomputer.

For  model input, the general guidelines developed for the Kern River Field by
Johnson, et al. (1989) were incorporated.  These include:

1. Kern River oil can be represented by a single-component, non-distillable heavy oil.
2. To induce the rapid steam overlay observed in the field, the vertical transmissibility at

the injector is multiplied by 100 until 0.4 pore volumes (PV) of steam are injected.
3. A uniform set of relative permeability curve shapes and endpoints can be used.

Reservoir input data used in all of the following models are listed in Table 1.  All cases
comparing either mass rate or steam quality reductions have identical heat injection schedules.

One further point should be stressed here.  The Johnson, et al. (1989) study
successfully history matched the performance of high and low quality steamfloods using a
uniform set of input guidelines.  Not only were oil and water production rates and cumulatives
matched; but also satisfactory predictions were achieved for steam breakthrough times, oil
saturation profiles and temperature profiles.  Successful history matching of several types of
field data reduces the problem of non-uniqueness and indicates that the model is properly
simulating the recovery mechanisms in low-pressure, heavy oil steamfloods.  In a similar vein,
this study will use several different operating scenarios and initial reservoir conditions to arrive
at general conclusions regarding the preference of rate or quality reductions.

4.  Discussion of Results

Several different types of reservoir settings and production schemes were studied to
assess their effects on the economics of heat reduction operations.  Each of these will be
discussed in some detail.
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4.1  One-Eighth of a Five-Spot Model
The first segment of this study involved using a one-eighth pattern element of

symmetry to model a five-spot steamflood configuration.  A 7 × 4 × 5��SDUDOOHO�JULG��)LJ����
was set up for two homogeneous sand thicknesses, 40 and 80 feet.  Table 2 lists input
assumptions for these cases.  The first set of runs assumed a 24% heat injection rate cut for two
timing scenarios:  (1) after two years of high quality, constant rate injection; and (2) at the high
quality,  constant rate economic limit, which was set to occur at a steam-oil ratio of 10.5.
"High quality" in these cases means 52.5% of the steam mass is vapor at the sandface, a good
average for Kern River operations.  Key results from these simulation runs are shown in  Figs.
3 and 4.

In brief, the recovery results for the 40 ft. reservoirs show that rate cuts at constant
quality are superior to quality cuts at constant rate, no matter when the reduction in heat rate
begins.  Clearly comparing Figs. 3 and 4, it is better to start heat reduction sooner.  The
resulting total recoveries are about the same, but the operating costs would be significantly
less.

For the 80 ft. reservoir case, the recoveries are also better for rate reduction compared
to quality reduction.  But clearly these differences are minor.  In terms of practicality, we
should recognize that we seldom see steam floods in sands that have as much as 80 ft. of
homogeneous section.  Later results will include cases where the systems are not
homogeneous, but first we will discuss the effects of assumed relative permeability
relationships and residual oil saturations.

4.2 Recovery Mechanisms and Sensitivity to Residual Oil Saturation
                    and Relative Permeability Assumptions

From examining these simulation runs, it is clear that tapering mass rates promotes
more rapid steam zone expansion.  For example, in the 40 ft. example, the average steam
saturation in the entire reservoir was 9.7% at the end of four years in the rate cut case.  This is
34% higher than the quality cut case (7.1%).  Furthermore, the rate case had 10% greater
volumetric sweep of the steam zone.

These differences in steam zone expansion rates should be expected, since more steam
vapor is injected in the rate cut case.  However, the oil recovery differences suggest that steam
zone expansion/gravity drainage is a more efficient recovery mechanism than hot water
displacement.  Looking at our input data, this idea is reasonable, given that at 225°F the
residual oil saturation to liquid water (Sorw ) is assumed to be 0.233, while the residual oil
saturation to steam vapor (Sorg) is only 0.05.  These endpoint residual oil saturation (ROS)

assumptions are extremely important in determining whether to reduce steam mass rates or
qualities.

Since economic limits are built into the recovery comparisons, the shapes of the
relative permeability curves should also have some influence on the recovery efficiencies.
Changing the shapes and endpoints of these curves did have some effect on the results.  The
endpoint effect was the stronger of the two.
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4.3 Validity of ROS and Relative Permeability Input Assumptions
A key factor influencing the recovery comparisons is the residual oil saturation to

water and steam vapor.  The ROS  endpoint values used here are the same as those used by
Johnson et al. (1989).  The Sorw  values were based on laboratory coreflood experiments, and
the Sorg  endpoints were determined from both post-steamflood coring and laboratory

corefloods.  The low ROS to steam (0.05 PV) agrees with field results presented by other
authors (Bursell and Pittman, 1975; and Blevins and Billingsley, 1975).

There are two major mechanisms by which steam vapor reduces oil saturation to very
low values:  (1) distillation, and (2) three-phase film flow with gravity (Hirasaki, 1989).  These
two phenomena were visually observed by Bruining, et al. (1984) during gravity-stable
coreflood experiments.  For longer flood times their residual oil saturations were below 0.10.
These studies explain the low ROS’s observed in steam-swept field cores, and tend to validate
the Sorg  endpoint values used herein.

As previously mentioned, the Sorw   endpoints were determined from laboratory
measurements (Johnson, et al., 1989).  For 225°F, the Sorw  averaged 0.234, but the laboratory
measurement scatter was significant.  Other experimental work discussed by Prats (1982,
Chapter 6) indicates that the Sorw  endpoint at higher temperatures tends to remain above 0.20.
Thus the ROS endpoints to hot water used in this study appear to be realistic.

The relative permeability curves used in any reservoir simulation study are always
subject to question, as recently explained by Saleri and Toronyi (1988).  However, the chosen
curves have been successfully used in history matching several steamflood projects (Johnson,
et al., 1989) and thus are within a reasonable uncertainty range.

In summary, the input assumptions which have the greatest impact on the comparison
of rate and quality cuts, i.e., the ROS endpoints and the oil relative permeability curve to water,
are considered to be quite reasonable.  Thus, the conclusions regarding rate and quality
reductions, appear to be valid.  The behavior is consistent with observations by Vogel (1984)
and Myhill and Stegemeier (1978).  The primary recovery mechanism after steam
breakthrough, is downward steam zone expansion with gravity drainage of heated oil.  Cutting
the rate but keeping the steam quality high will promote this effect.  Cutting steam quality, and
maintaining rate, depends on less efficient hot water displacement.

4.4 Multiple Pattern Model
In the previous model, it was implicitly assumed that all fluid flow was confined within

the five-spot pattern.  In an actual steamflood project, there will usually be some inter-pattern
communication.  For example, in the Kern River 10-pattern steamflood pilot, approximately
10% of the increased production came from hot production wells outside of the original project
area (Blevins and Billingsley, 1975).  Thus a multiple pattern model was constructed to
incorporate asymmetric conditions.  With less pattern confinement, it was thought that the
recovery mechanisms identified in the confined model, might change in their relative
importance.

The multiple pattern model consisted of a 16 ×16 × 3  triangular grid representing one-
eighth of 50 patterns covering 125 acres in  a 60 ft. sand, and is similar to the model set-up
described by Chu (1987).  The reservoir conditions were identical to those of the single pattern
model, except that the grid thicknesses were now 9, 18 and 33 ft, from top to bottom, with the
injection wells completed only in the bottom layer.  To initialize asymmetrical conditions the



298

exterior 34 patterns were steamflooded for six years while the interior 16 patterns remained
idle (Fig. 5).  After steam stimulating the interior producers (Wells  1, 2 and 7), a steamflood
was started in the interior 16 patterns, with steam injection rates of 331 BPD/well.

First, a test case of constant rate injection was run, and immediately apparent was the
low oil recovery in the multiple pattern flood.  Recovery was 48,000 bbl/pattern compared with
88,000 bbl from the single pattern after five years.  Nevertheless, several years of economic oil
production were attained in this model set-up.  Figure 6 illustrates the oil recovery versus time
for tapering the mass rates and steam qualities at two different decline rates.  It is apparent that
tapering the rate is significantly better than tapering the quality.

Interestingly, the recovery differences between the rate and quality cases are more
pronounced than those in the confined model.  At least part of this effect is due to the lower
pressures in the multipattern model, which allow more steam zone expansion.

4.5 Comparison of Rate and Quality Reductions in Silty Sands
Both the single and multiple pattern models discussed so far have assumed

homogeneous rock properties for the entire flood area.  However, most steamflood projects are
conducted in reservoirs with some degree of heterogeneity.  For example, several Kern River
steamfloods have been shown to have discontinuous shale layers within the displacement
interval (Bursell and Pittman, 1975;  and Blevins and Billingsley, 1975).

For this segment of the study, a 7 × 4 × 7  grid was used to model one-eighth of a 2.5
acre, 60 ft. thick pattern.  Input data are listed in Table 3.  The presence of silts was simulated
by altering the vertical fluid transmissibilities to correspond to a 2 ft. thick, 5 millidarcy shale
layer.  The first set of runs assumed one silt interbedded between grid layers 4 and 5,
corresponding to a position 24 ft. below the top of the formation.  Also, no shale was placed in
the vicinity of the injection well, as illustrated in Fig. 7.  This was done to create the maximum
opportunity for steam override above the silt layer, as might result from a poor quality cement
bond in the injector, and thus counteract the rate cut’s main advantage seen in the clean sand
cases:  the downward steam zone expansion/gravity drainage recovery mechanism.

Figure 8 shows oil recovery vs. time for 10% and 30% per year taper rates beginning at
548 days into the project.  Instead of the modest differences in recovery seen in Fig. 4, the mass
rate reductions recover far more economic oil.  Furthermore both the 10% and 30% per year
taper cases are still producing economically after eight years of steamflooding, with a recovery
over 60% of the OOIP indicated for the 10% case.  The oil recoveries are well above those in
the clean sand model.  The reasons for these results will be discussed later.

For the second discontinuous silt model, three silt interbeds were placed in positions
corresponding to 9, 24, and 48 ft. from the top of the 60 ft.. thick sand.  The areal extent of the
silts was assigned using a random number generator (Figs. 9-11).  Like the one silt case, Fig.
12 shows that mass rate cuts are far more efficient in this model.  Again, high economic oil
recoveries are indicated.

These high recoveries need further discussion.  Comparing Figs. 8 and 12 with Fig. 4,
it is apparent that the sand/silt models recover significantly more oil than the homogeneous
sand case.  The saturation and temperature distributions show that the silt layers improve the
vertical sweep of the steamflood by trapping steam below them.  Figure 13 illustrates this
phenomenon for the one silt model.  On this cross-section, an additional steam zone lies under
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the silt layer.  Thus, the silt layers accelerate the downward heating of the formation and extend
the economic production time.  Furthermore, high steam quality promotes this effect.

4.6 Preheated Reservoir Sands
Restine (1983) has pointed out that the productive section of the Kern River Field

consists of a sequence of sands averaging 60 ft. in thickness and separated by continuous silt or
clay layers.  While these shaly layers may be impermeable to steam, the sands immediately
above a steamflooded interval are heated by conduction.  Restine discussed field results and
simulation work, and he concluded that this preheating effect of upper sands is an important
consideration in a steamflood operation.

To see the impact of reservoir preheating on the comparison of rate and quality cuts, a
one-eighth pattern model with a 7 × 4 × 7  grid was again used to simulate a steamflood in a 60
ft. thick sand.  The reservoir conditions were identical to the discontinuous silts model (Table
3) except that the initial reservoir temperature varied with depth.  This temperature relationship
is illustrated in Fig. 14 and is similar to the field data presented by Restine (1983).

Table 4 summarizes the production results for clean and silty sand cases, and we see
again that for the equivalent heat injection rate, one should cut the mass rate at constant quality.
Note, however, that while the 30% per year tapers show large differences between rate and
quality reductions, the 10% rate decreases yielded only  modest inprovement (3-6% of OOIP).
It is likely that the 10% rate cases were relatively overinjected with heat.  Evidence of
overinjection can be seen in the almost identical final oil recoveries for the 10% and 30%
cases.

Another interesting result is the high ultimate oil recoveries seen in the clean sand
cases with tapered injection rates.  In the last section it was noted that the presence of
discontinuous silts could increase recovery, in sands of uniform temperature, by hindering the
gravity override of the steam and thus accelerating the downward heating of the formation.
However, when a zone has already been heated by underlying conduction, this effect is minor;
in fact, discontinuous silts in preheated sand steamfloods could actually reduce oil recovery by
hindering gravity drainage due to reduced vertical permeabilities.  This concept is suggested in
the Table 4 data, where the clean sands produced slightly more oil than the silty sand cases
when the mass rates were tapered.

5.  Conclusions

Under a variety of reservoir and operating conditions, the oil recovery consequences of
reducing the injected steam mass rate or quality with time have been compared with the help of
a thermal simulator.  Examination of the simulation results combined with the literature review
leads us to the following conclusions:

1. Under the conditions assumed in this study, declining the steam injection mass rate at a
constant high quality will recover more economic oil than reducing the steam quality at
a constant mass rate.  This result assumes equivalent heat injection for the two cases.

2. This constant steam quality strategy agrees with some researchers’ observations that in
heavy oil, low-pressure steamfloods with gravity segregation, the dominant recovery
mechanism is gravity drainage of heated oil accompanied by downward steam zone
expansion.  High steam quality will promote this effect more than reducing steam
quality, which depends on the less effective hot water displacement.
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3. Based on cumulative discounted net oil (CDNO), steam injection should start at a high
rate than taper with time for the most economic operating strategy.  This observation is
consistent with the results of Chu and Trimble (1975) and Vogel (1984).

4. Discontinuous silts within an otherwise uniform interval can enhance oil recovery by
accelerating the downward heating of the formation.   Furthermore, a reduced mass rate
approach will be far superior to reducing the quality under these reservoir conditions.

5. If a reservoir sand has been preheated by an underlying steamflood, steam injection
rate cuts with time appear to be even more effective than the same strategy in non-
preheated reservoirs.

Recommendations

These general conclusions do not answer the question of the best strategy for a given
reservoir.  The question is:  "When should rate reductions occur, and at what decline rate?"
Clearly this question can only be answered by making runs for the specific field case of
interest.  Such calculations would be quite important economically.

Nomenclature

CDNO = Cumulative discounted net oil, bbl
CWE = Cold water equivalent volume of steam
krg = Gas relative permeability, dimensionless

(krg)ro = Gas (steam) relative permeability at residual oil saturation, dimensionless

(kro)iw = Oil relativbe permeability at irreducible water saturation, dimensionless
krog = Oil relative permeability in a gas (steam/oil system, dimensionless

krow = Oil relative permeability in a gas (steam/oil system, dimensionless
krw = Water relative permeability, dimensionless
(krw )ro   = Water relative permeability at residual oil saturation, dimensionless
ng = Exponent for gas relative permeability calculation, dimensionless

nog = Exponent for oil relative permeability calculation  in a gas (steam)/oil 

system, dimensionless
now = Exponent for oil relative permeability calculation in a water/oil system, 

dimensionless
nw  Exponent for water relative permeability calculation, dimensionelss
OOIP = Original oil in place, bbl
ROS = Residual oil saturation
Siw = Irreducible water saturation, fraction PV
Sorg = Residual oil saturation to steam fraction

Sorw = Residual oil saturation to steam, fraction pv
T = Temperature, degrees Fahrenheit
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