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ABSTRACT 

 The work reported herein represents the third year of development efforts on a 
methodology to interpret magnetic resonance and acoustic measurements for reservoir 
characterization. In this last phase of the project we characterize a vuggy carbonate aquifer in the 
Hillsboro Basin, Palm Beach County, South Florida, using two data sets – the first generated by 
velocity tomography and the second generated by reflection tomography. First, we integrate 
optical macroscopic (OM), scanning electron microscope (SEM) and x-ray computed 
tomography (CT) images, as well as petrography, as a first step in characterizing the aquifer pore 
system. This pore scale integration provides information with which to evaluate nuclear 
magnetic resonance (NMR) well log signatures for NMR well log calibration, interpret ultrasonic 
data, and characterize flow units at the field scale between two wells in the aquifer. Saturated and 
desaturated NMR core measurements estimate the irreducible water in the rock and the variable 
T2 cut-offs for the NMR well log calibration. These measurements establish empirical equations 
to extract permeability from NMR well logs. Velocity and NMR-derived permeability and 
porosity relationships integrated with velocity tomography (based on crosswell seismic 
measurements recorded between two wells 100 m apart) capture two flow units that are 
supported with pore scale integration results. Next, we establish a more detailed picture of the 
complex aquifer pore structures and the critical role they play in water movement, which aids in 
our ability to characterize not only carbonate aquifers, but reservoirs in general. We analyze 
petrography and cores to reveal relationships between the rock physical properties that control 
the compressional and shear wave velocities of the formation. A digital thin section analysis 
provides the pore size distributions of the rock matrix, which allows us to relate pore structure to 
permeability and to characterize flow units at the core and borehole scales. Vp, density, porosity, 
and permeability logs are integrated with crosswell reflection data to produce impedance, 
permeability, and porosity images. These images capture three flow units that are characterized 
at the pore and borehole scales.  The upper flow units are thin, continuous beds, and the deeper 
flow unit is thicker and heterogeneous. NMR well log calibration data and thin section analysis 
demonstrate that interwell region permeability is controlled mainly by micropores and 
macropores, which represent the flow unit matrices of the confined aquifer. Reflection image-
derived impedance provides lateral detail and the depth of the deeper confining unit. The 
permeable regions identified in both parts of this phase of the study are consistent with the 
hydrological results of high water production being monitored between two wells in the South 
Florida aquifer. Finally, we describe the two major methodologies developed to support the 
aquifer characterization efforts – (1) a method to estimate frequency-dependent scattering 
attenuation based on the volume fraction and typical size of vugs or karsts, and (2) a method to 
more accurately interpret NMR well logs by taking into account the diffusion of magnetization 
between large and small pores.  For the first method, we take the exact vug structure from x-ray 
CT scans of two carbonate cores and use 3-D finite difference modeling to determine the P-wave 
scattering attenuation in these cores at ultrasonic frequencies.  In spite of the sharp contrast in 
medium properties between cavity and rock and the violation of the small perturbation 
assumption, the computed scattering attenuation is roughly comparable to that predicted by 
various random medium scattering theories. For the second method, we investigate how the 
diffusion of magnetization between macropores and micropores influences NMR log 
interpretation through 2D simulation of magnetization diffusion in realistic macropore 
geometries derived from digital images of thin sections.  In most cases, our simulations show 
that the resulting simulated magnetization decay rate and corresponding T2 spectrum fit the well 
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log and core NMR results better when inter-pore diffusion is included in the simulation.  
Interpore diffusion moves some of the magnetized fluid from large pores to small pores, so part 
of the T2 distribution is shifted to smaller decay times.  The shift is strongest when the rock 
contains small macropores that are large enough to cause bulk relaxation to dominate over 
surface relaxation, but small enough that the diffusion transport time scale is faster than the bulk 
relaxation time scale.  The simulated T2 spectra are consistent with known facies characteristics. 
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1.0 INTRODUCTION AND PROJECT SUMMARY 

1.1 Background 
 Over the years, traditional reservoir characterization techniques have evolved into 
multidisciplinary processes. In particular, the integration of engineering, geoscientific, and 
geological data over multiple scales has been used to characterize reservoirs by honoring 
petrophysical well log data as well as sedimentological models. 
 
 Recently, great effort has been dedicated to the integration of well logs with seismic data. 
Conventional seismic measurements have been used to delineate reservoir structures in the 
lateral extent, but vertical resolution is limited. And although seismic data is routinely and 
effectively used to estimate reservoir structure, it plays no role in the essential task of estimating 
rock physical properties, which are derived from well logs. Simultaneous analysis of seismic and 
borehole data leads to better estimates of rock physical property distributions in comparison with 
estimates generated from seismic or well log data alone. 
 

Accurate reservoir description and simulation are dependent on measures of properties 
such as porosity, permeability, fluid viscosity, and fluid saturation. Porosity is routinely available 
from wireline log data, which, in conjunction with 3-D seismic data, can be used to generate 
excellent reservoir porosity models. Acoustic measurements based on Stoneley wave attenuation 
have been used to indirectly extract information about formation permeability. In this case, 
attenuation measurements are affected by rock heterogeneity and viscoelasticity, rather than fluid 
flow interactions alone (or intrinsic properties of the reservoir such as permeability and porosity). 
To use attenuation and dispersion measurements to predict flow properties, the effects of 
scattering must be understood so velocity measurements can be corrected for such effects. 

 
Nuclear magnetic resonance (NMR) logging techniques provide vertically continuous 

pore-size distribution, but they do not measure permeability directly, nor are they foolproof in 
distinguishing the amount of oil in an oil-water mixture. However, when NMR is combined with 
other measurements (resistivity, etc.), reasonable permeability models can be obtained. 
Borehole-scale permeability models can be integrated with surface seismic data to map flow 
units at the interwell scale. 
 
 The integration of NMR well log data and acoustic data has the potential to provide 
reservoir parameters for constant velocity-permeability models at the borehole scale, which can 
then be used to map reservoir parameters at interwell scales (crosswell seismic and 3D surface). 
This requires properly calibrated well logs as well as petrophysical information, which facilitates 
an understanding of heterogeneity and fluid flow effects on the acoustic signal. 
 

The objective of this project was to develop an advanced imaging method, including pore 
scale imaging, to integrate NMR techniques and acoustic measurements for predicting reservoir 
parameters, porosity, and permeability at the field scale. We accomplished this by: (1) extracting 
permeability and porosity parameters from NMR laboratory measurements, and (2) determining 
elastic parameters of the rock formation from ultrasonic core measurements. Using these 
parameters, we created poroelastic models of different parts of a reservoir. Laboratory 
measurement techniques and core imaging were linked with a balanced petrographical analysis 
of the core and theoretical modeling. These concepts allowed us to relate intrinsic acoustic 
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properties with fluid flow interactions at the pore, core, and borehole scales, and to establish the 
use of acoustic and NMR data to define flow units to eventually provide input to reservoir 
simulation modeling at interwell scales. The laboratory measurements were compared with 
petrographic and imaging analysis results to determine the relative roles of petrographic features 
such as porosity type (micro, macro, and vuggy porosity), mineralogy, texture, and distribution 
of cement in creating permeability heterogeneity. 

 
Extensive data sets from three different study sites were used during the research and 

development work for this project. Those sites were the Buena Vista Hills hydrocarbon reservoir 
near Bakersfield, California; the Siberia Ridge field in the Greater Green River Basin of 
Wyoming; and a carbonate aquifer in the Hillsboro Basin, Palm Springs County, South Florida. 
Major accomplishments of each project phase are summarized in the following paragraphs. 
 

1.2 Accomplishments of Phases I, II, and III  

1.2.1 Phase I 
Using cores provided by the South Florida Water Management District, we developed a 

model to estimate pore size distribution from NMR core measurements. We tested the model 
with core samples containing vuggy and matrix porosity as well as connected large pores. 

We also developed stochastic solutions based on models constructed at the pore and core 
scales to simulate ultrasonic/acoustic signatures. The basic theory was applied to the Buena Vista 
Hills reservoir, and we extended the theory to model ultrasonic/acoustic signatures due to 3D 
heterogeneities. For that purpose, we derived a Green's function equation to describe the 
ensemble average behavior of acoustic waves in media with random variations in two 
dimensions. Similar methods can be applied to extrapolate the result to three dimensions and to 
include anisotropy in the spatial variability. We produced curves showing the velocity and 
attenuation of waves in 2D and 3D stochastic media as a function of frequency for varying 
degrees of variability, anisotropy, and angle of propagation in the medium. We used these results 
to analyze high-frequency wave propagation through vuggy cores from the Florida aquifer. 

 While analyzing the Siberia Ridge acoustic and VSP data to extract attenuation or 
dispersion information, we found that seismic wave amplitude increased with depth in the 
reservoir region, while VSP interval velocities from the checkshot data showed occasional large 
differences from the sonic log velocities. To investigate, we produced interval velocities, 
horizontal and vertical amplitudes, hodograms, and angle of incidence plots for the checkshot 
VSP and two offset VSPs. By using a detailed model of the bottom 2000 feet of the well, we 
demonstrated that the increase in amplitude was a direct result of the elastic properties of the 
Almond Formation, and that the discrepancy between checkshot and sonic velocities could be 
explained by the soft coal layers in the Almond Formation. Even though coal makes up less than 
10% of the formation, the large density and velocity contrast between the coal and the tight shale 
and sandstone layers produces a significant effect on the observed waves. These results 
demonstrated the importance of accounting for the elastic behavior of the medium when 
investigating wave attenuation, and how a few relatively thin coal layers need to be incorporated 
into a scaling model to properly predict wave speeds. By doing so, we can create an elastic 
model at the reservoir scale from the VSP data and relate it to the borehole logs. 
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We assessed the applicability of acoustic/seismic waves in fractured tight sands by 
constructing poroelastic models based on core and well log data from the Almond Formation. 
We used flow properties from NMR well log data and velocities from monopole/dipole sonic 
data. We predicted attenuation responses and varied azimuth and incident angles to predict the 
appropriate frequency range for detecting cracks using acoustic/seismic measurement techniques. 
We then analyzed the sensitivity of the squirt-flow length to attenuation and assessed the 
contribution of fracture permeability in the low permeability sands. The results allowed us to 
detect fluid-filled fractures using acoustic or seismic measurements in tight sand reservoirs.    

We next modeled scattering and intrinsic attenuation associated with a layer sequence of 
sands, shales and coals. The model included poroelastic properties determined from well logs 
and cores, and it can be used to evaluate whether acoustic/seismic measurement techniques can 
map fluid-filled fractures or non-fractured flow units in tight sands.      

Finally, we cataloged and analyzed data sets from Siberia Ridge and the South Florida 
aquifer. The Siberia Ridge data set was used to test a model-based interpretation algorithm to 
extract quality factors from sonic and VSP data. It was also used to build poroelastic models to 
relate P-wave attenuation and velocity to permeability anisotropy. The Florida data set included 
2D and 3D computed tomography (CT) images of selected samples as well as NMR and sonic 
well logs. This data was used to complete most of the Phase II tasks. 

1.2.2 Phase II 
 Based on thin section, SEM, and CT image analysis, we determined that the carbonate 
rock in the Floridan Aquifer system is formed by micro, macro, and vuggy porosity. We 
constructed vuggy porosity models to calculate synthetic ultrasonic responses based on the finite 
difference method, and we compared the synthetic and ultrasonic data. The results explained 
velocity changes associated with vugs in the carbonate rock at the core scale. We used the 
modeling results to explain relationships between velocity and permeability, based on core 
measurements for different flow units of the carbonate aquifer. Velocity correlated well with 
permeability for each flow unit. To determine whether we could assess the degree of 
connectivity between vugs, or between the matrix and the vugs based on acoustic data, we 
calculated squirt-flow lengths using a poroelastic model by fitting the calculated and observed 
velocities at the ultrasonic dominant frequency of 250 kHz. The results showed a good 
correlation between squirt-flow length and increase in permeability for each flow unit. In 
addition, we calculated dispersion and attenuation curves based on core data in the frequency 
range of sonic logs. We found that attenuation is directly related to fluid flow between the matrix 
and the vugs. Sonic log data, when coupled with an examination of the P-wave attenuation and 
dispersion, can thus help us estimate whether vugs contribute to permeability in the region 
surrounding the borehole. 
 

Matrix and vuggy porosities were encountered in different proportions in most cores. To 
determine to what extent matrix and/or vugs control permeability, one must understand the pore 
structure of the carbonate rock. We used CT, SEM and optical microscope (OM) images to 
characterize two core samples containing vugs. The 3D CT images were processed and analyzed 
for the presence of vugs and to construct finite-difference based velocity models to determine 
sensitivity to the presence of vugs in the ultrasonic and acoustic responses. Thin sections from 
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the two cores were used to study matrix porosity, pore size distribution, and the effects of each 
on permeability. To support the results we conducted a petrographic analysis of the cores. 

 
We also analyzed NMR/ultrasonic core data to establish links between NMR and 

acoustics, and we introduced new concepts on relating FZI units with the Biot and squirt-flow 
mechanisms. The NMR analysis, based on saturated and desaturated core measurements, 
provided several T2 cut-offs associated with the heterogeneous conditions of the reservoir rock. 
This information helped us implement software to calibrate NMR well logs, including the NMR 
well log from a well in the South Florida aquifer. We then calculated new porosity and 
permeability logs and compared them with the original NMR-derived porosity and permeability 
based on a single T2 cut-off. 
 
 We further characterized the pore structure by processing SEM, OM and CT scan data. This 
allowed us to produce synthetic NMR signatures to evaluate observed NMR well log signatures. 
In particular, we simulated NMR response based on pore size distribution including the three 
scan scales. The main objective was to relate micro, macro, and vuggy porosity to the NMR 
signature, and to determine how these types of porosities are related to permeability in the 
Florida aquifer. A second objective was to verify NMR well log calibration. 

 
To evaluate the suitability of sonic and dipole sonic data to image the heterogeneous 

carbonate, we calculated the phase velocity and attenuation of the vuggy carbonate rocks in the 
sonic log frequency, based on pore and core scale data. The results suggested strong attenuation 
in the frequency range of monopole/dipole sonic, and flow was associated with connectivity 
between the vugs and the matrix. This analysis implied that sonic logs have the potential to 
capture fluid flow interactions between the matrix and the vugs. Specifically, P-wave attenuation 
and phase velocity capture the degree of connectivity between matrix porosity and vugs, or the 
connectivity between vugs. 

 
Finally, we recorded monopole and dipole sonic data in a well borehole that transects the 

Florida aquifer, to extract Stoneley wave permeability from sonic logs and to compare that 
permeability with NMR log-derived permeability to determine which technique was more 
suitable for characterizing the aquifer. Since Stoneley waves are sensitive to washout zones and 
small changes in borehole diameter, and the PBF10 caliper log showed variability as a function 
of depth, Stoneley wave permeability did not give good results.  However, the P-wave events 
were easy to identify in microseismograms. We determined that the next step would be to 
produce synthetic data based on vuggy cores, and to compare that data with observed data to 
determine whether the degree of connectivity between vugs and between the matrix and vugs 
could be inferred from P-wave sonic data. We evaluated this concept during Phase III.  
 
1.2.3 Phase III 

Understanding the intrinsic and scattering attenuation in reservoir rock has been an 
important goal of this project. In Phases I and II we developed and applied methods to simulate 
scattering attenuation using deterministic and stochastic responses at the Buena Vista Hills and 
Siberia Ridge fields. A major objective of Phase III was to characterize the rock fabric of a 
vuggy carbonate using different measurement and imaging techniques to interpret NMR, 
resistivity, and acoustic well logs and to improve the calibration of NMR well logs. 
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We used CT scans and ultrasonic measurement techniques to study the pore structures of 

two full diameter core samples from the aquifer. We modeled the pore structures of these cores 
in 3D to simulate ultrasonic responses and investigate wave phenomena. Since rock fabric 
variability in the carbonate aquifer is complex, we studied the pore structures of 24 cores, 
analyzing thin sections and petrography. The analysis was complemented by pore images, 
petrophysics, and the rock physical properties of the cores, as well as NMR modeling.  
 

We obtained OM and SEM images from an additional five cores (for a total of seven) and 
processed the images to obtain pore size distributions, which were compared with NMR short-
time T2 distributions from well logs and core plugs. An important conclusion of this task was 
that permeability seemed to be largely controlled by macropores and vugs, which are associated 
with the NMR images at the bulk relaxation time.  
 

The practical objective was to map permeability and porosity at the interwell scale based 
on core and well log data analysis. A crosswell seismic data set was acquired and preliminary 
processing was performed with the data set. We next produced a reflection image from the data 
set. The velocity data and reflection attributes were converted to permeability and porosity cross 
sections. In addition, we studied the amplitude and phase of the signal recorded between two 
wells. Since we knew the fluid and rock physical properties of the carbonate rock at the pore, 
core and borehole scales, we were able to predict those properties at the interwell scale. 
 

Finally, we integrated porosity and permeability images, based on crosswell impedance, 
with petrography to characterize flow unit pore structures. We then produced a complete 
characterization, from the pore to the field scale, of the carbonate aquifer in South Florida.  

 
1.3 Organization of Report 

 
Section 2.0 of this report deals with the major technical accomplishments during the third 

and last year of the project.  Section 2.1 describes a study of the South Florida aquifer that 
includes NMR and acoustic measurements recorded at the core and borehole scales, to predict 
permeability and porosity images based on velocity tomography data. In particular, we 
developed techniques to calibrate NMR well logs using NMR core analysis with petrography. 
Section 2.2 is also a study of the South Florida aquifer, in which the main objective was to 
characterize matrix and vuggy porosity at the pore and core scales using digital image analysis of 
OM and SEM thin sections. Thin section analyses of several cores and petrography were applied 
to characterize the lithology at the borehole scale, and to interpret impedance, porosity and 
permeability images at the interwell scale. These images were obtained from reflection 
tomography data. Sections 2.3 and 2.4 present applications of two modeling techniques 
developed during the project to assist with South Florida aquifer data analysis and to be used in 
other applications such as hydrocarbon reservoir characterization. References and illustrations 
are included at the ends of the sections to which they pertain. Technology transfer efforts are the 
subject of Section 3.0, and we present our conclusions in Section 4.0.  



 6

2.0 RESULTS AND DISCUSSION 

2.1 An Integrated Approach Based on NMR/Acoustic Techniques to Map Permeability 
in a Carbonate Aquifer: from the Pore to the Field Scales  

2.1.1 Introduction  
 In the first part of this third phase of the project, we demonstrated how thin section 
analysis, NMR, and acoustic techniques complement each other to help characterize vuggy 
carbonate formations at the pore, borehole, and field scales. To accomplish our goals, we used 
core and well log data from a monitor well that intercepts the freshwater carbonate aquifer in the 
Ocala Limestone Formation in Palm Beach County, South Florida. 

Carbonate formations generally have broad pore size distributions, from microcrystalline 
pores to large vugs.  Understanding these pore spaces and their geometries is crucial to 
hydrocarbon reservoir characterization, and because carbonates form aquifers in many regions, 
an understanding of their pore systems is critical to an understanding of hydrological processes, 
as well. 

 Carbonate pore systems have been recognized as physically and genetically complicated 
by Choquette and Pray (1970), who published a review on the geological nomenclature and the 
classification of carbonates, and who introduced terminology that emphasizes interrelations 
between porosity and other geological features. In their review, seven dominant porosity types in 
sedimentary carbonates are considered – interparticle, intraparticle, intercrystal, moldic, 
fenestral, vug, and fracture.  

 We found that the main formation comprising the south Florida aquifer, the Ocala 
Limestone, contains all these types of porosity except fracture porosity, with vugs being most 
important. In most of the core samples from this formation, both separated and touching vugs 
can be recognized visually. Touching-vug pore geometries usually consist of large 
interconnected cavities and channels (Choquette and Pray, 1970). In samples from the monitor 
well, we found that the vugs were longer in the vertical direction than the horizontal direction, 
with a typical vug length of about 16 mm. 

 Anselmetti et al. (1998) described a method of characterizing carbonate samples based on 
quantitative observations from digital environmental scanning electron microscope (ESEM) and 
optical microscope (OM) thin section images. This approach has the advantage of avoiding 
descriptive bias by the geologist, but also has a disadvantage in that quantitative data obtained by 
image analysis are dependent on thin-section selection and field of view under the microscope. 
We use the method given by Anselmetti et al. to process the SEM, OM, and computed 
tomography (CT) images employed to help characterize the aquifer. 

 In Section 2.1.2, we present a brief description of the site geology and hydrology. Next, 
we discuss the methods of data acquisition, processing, and analysis used to describe the 
carbonate aquifer from the pore to the field scales. Section 2.1.4 presents an analysis of x-ray CT 
images of two selected full diameter cores, as well as the modeling of their ultrasonic signatures, 
to address the detectability of interconnected and separated vugs in full diameter core samples 
We analyze 24 full diameter core samples, grouped on the basis of lithological facies, to examine 
velocity-permeability relationships. Section 2.1.5 is devoted to an analysis of NMR signatures at 
the pore, core and borehole scales. This includes synthetic NMR signatures compared with NMR 
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well log signatures, and NMR core signatures compared with thin section images and 
petrography. The NMR core data provides the information to calibrate an NMR well log and to 
calculate porosity and permeability at the borehole scale. The permeability and porosity logs are 
correlated with the P-wave velocity log to derive regression equations, which are used to produce 
porosity and permeability images from velocity tomography data recorded between an 
exploratory (source) well and a monitor (receiver) well. 

2.1.2 Hydrological Background of the Floridan Aquifer System 
 The hydrological area of interest is a carbonate aquifer in the western Hillsboro Basin, 
approximate 25 miles west of the Atlantic Ocean and approximately 15 miles west of Boca 
Raton, in Palm Beach County, Florida. Source well PBF13 was constructed in this area to 
provide hydrological information on the Floridan aquifer system. Receiver well PBF10 was 
constructed 330 feet (100 m) from well PBF13. The results of the well log analysis and the 
petrophysics of well PBF13 is given by Bennett (2001, personal communication), who reports 
that the aquifer consists of thin, high permeability, water-bearing horizons interspersed within 
thick, low permeability units of Oligocene to middle Eocene aged sediments. These units include 
the Suwannee Limestone, Ocala Group, and Avon Park Limestone. Based on the lithology of 
wells PBF13 and PBF10, the top of the Floridan aquifer system occurs at a depth of 985 feet 
(300 m).   

 A simplified lithological column based on well logs and cores from well PBF10 is given 
in Figure 1. The lithology between 985 and 1010 feet (300-307 m) is composed primarily of 
moderately indurated wackestones and packstones containing approximately 15-50% shell 
fragments and 10-15% quartz and phosphatic sands and silts. The well log data indicate a 
competent, low porosity unit at a depth of 1010 feet (307 m) that continues to 1025 feet (312 m).  
The caliper log indicates a relatively small gauge borehole (similar to the diameter of the drill 
bit), which corresponds to a well-indurated sandy carbonate. 

 Sediments from 1025-1070 feet (312-326 m) consist of yellowish gray, moderately 
indurated wackestones interspersed with thin, fine-grained calcitic sandstones. This region 
includes a sandstone unit about 10 feet thick. A change in lithology occurs at 1070 feet (326 m) 
from yellowish-gray, phosphatic wackestone to light gray, clean, moderately indurated 
wackestone-packstone. This change may represent a flow zone that occurs near the top of the 
Upper Eocene Ocala Limestone. 

The light gray, moderately indurated wackestones and packstones continue from 1070-
1170 feet (326-357 m). A light orange to yellowish-gray, moderately to well-indurated packstone 
unit (chalky carbonate) is encountered from 1170-1205 feet (357-367 m). The fluid-type logs 
(e.g., flow, temperature logs) indicate good production from flow zones between 1050-1170 feet 
(323-357 m) and between 1190-1205 feet (363-367 m). Below 1210 feet (369 m), the productive 
capacity is limited, suggesting low permeability units near the base of the storage horizon. In this 
region, well PBF10 shows consistent lithological and geophysical trends with depth, which 
indicates low permeability sediments. At 1225 feet (373 m), the low permeability sediment 
marks the base of the production interval of well PBF13. For additional information, we have 
included the NMR permeability log in Figure 1. Determination of the permeability is addressed 
in Section 2.1.5, under the subhead "NMR Well Log Calibration and Processing." 
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2.1.3 Data Acquisition and Processing Method  

 Pore and Core Scale Images  

 We analyzed carbonate rock samples from well PBF10 at the pore and core scales by 
processing images of OM thin section, SEM, and CT data. CT images from two core samples, #7 
and #41, were processed and analyzed to measure vug size distributions, and they were 
compared with core photographs for quality control. 

 Our first goal was to convert the CT number into density. CT number is an index 
describing the x-ray scattering per unit volume in a particular material (for rocks with the same 
mineral content, it is roughly proportional to density). Many assumptions go into this conversion, 
so we cannot claim that the resulting core model is an exact representation of the true core. We 
can say that the core model is based on the structure measured from the true core, and perhaps 
this is sufficient for our purposes. The density conversion was accomplished by looking at the 
average, peak, and minimum CT numbers. We also noticed a bias toward weaker CT number 
with increasing depth in core #41, and we corrected for it by using slice-by-slice averages and 
cutoffs. In each slice, then, the highest density material should be non-porous calcium carbonate 
grains, which have a density of around 2.7 g/cm3. The lowest density material should be the 
cavities in the core, which have a density close to zero. 

 We determined mineral and porosity types from petrographic analysis of the thin 
sections. We analyzed the SEM and OM images using processing software that provides 
information on the pore size distribution of the rock matrix, which we used to calculate synthetic 
T2 distributions to evaluate the NMR well log signatures. To obtain the pore size distributions 
from SEM, OM, and CT images, we followed the method of Anselmetti et al. (1998) and used 
public domain software developed by NIH and Scion Corp., called Scion ImageTM. The first step 
was to convert the core images to TIF format grayscale files, where black represents pore space 
and white represents matrix. We then used a Scion ImageTM macro to eliminate single pixel 
noise, threshold the image to divide pore from matrix, count the pores, and determine the area, 
perimeter, and shape factor for each pore. 

 Ultrasonic and Seismic Techniques 

 Ultrasonic waveforms were recorded for the P- and S-wave velocity measurements for 24 
full diameter cores from well PBF10. Most of the cores had only saturated measurements taken. 
From these cores, two were selected for a complete characterization. Both saturated and dry 
measurements were taken for cores #7 and #41. These cores were chosen because one had 
separated vugs (low permeability in the vertical direction), and one had interconnected vugs 
(high permeability in the vertical direction). At a source frequency of 250 kHz, the P 
wavelengths in the cores were about 16 mm long. This is approaching a typical cavity diameter, 
which is in the range of 3-10 mm. In fact, many of the cavities are longer in the vertical direction 
than the horizontal direction, and many have lengths longer than 16 mm. The ultrasonic 
responses were modeled using finite difference software based on the geometry provided by the 
CT scan data, to analyze the effects of saturated and dry vuggy core samples on compressional 
wave velocity. 

 The crosswell seismic survey was conducted between well PBF10 and well PBF13 using 
a TomoSeis advanced piezoceramic X-series source and a 10-level hydrophone system. The 
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survey interval was from 550 (168 m) to about 1225 feet (373 m) below the surface, covering a 
series of flat-bedded limestones with some interbedded sandstones. The sweep length was 1.2 
seconds, at a sampling rate of 125 microseconds, from 200 to 2000 Hertz. Source and receiver 
depth sampling was at a 2.5-foot spacing, resulting in about 38,300 recorded traces. Maximum 
aperture during acquisition was about 340 feet or about 45 degrees from the horizontal. The field 
data were processed using a 3-D anisotropic processing framework described by Washington and 
Rector (1998) and Washington et al. (2000). 

 The data processing comprised both tomography and reflection imaging (reflection 
imaging is addressed in Section 2.2). Data preprocessing for the tomographic inversion consisted 
of trace correlation, noise edit, and bandpass filtering to enhance the direct arrival, and travel 
time picking. Travel times used in the inversion included times for source-receiver pairs with an 
angle range of 15 to 45 degrees from the horizontal. Near horizontal arrivals were sometimes 
obscured by refracted arrivals caused by large velocity variations between the various formations 
and were thus excluded.  

 Anisotropic 3-D travel time inversion was done using the travel time picks. Comparison 
of anisotropic inversion results and isotropic inversion of narrow angle slices of the travel time 
picks showed little or no variation in velocity with angle. Tomographic inversion results showed 
little lateral variation in velocities, though vertical variations were as large as 100% over short 
intervals. RMS values for travel time residuals – the difference between picked travel times and 
times from modeling using the tomographic inversion result – were about 0.09 milliseconds or 
90 microseconds (less than 1 sample interval).  

2.1.4 CT Images and Ultrasonic Signatures in Vuggy Carbonates  

 CT Images  

 Extensive cavities in cores #7 and #41 were captured by CT images. Figure 2 shows a 3D 
view of an x-ray CT image of the diameter of core #41, illustrating a typical interconnected vug 
system in the carbonate rock from the Ocala Limestone. Core #41 is a limestone of wackestone 
texture from a depth of 1138 feet (347 m) in the Upper Eocene Ocala Limestone Formation. The 
microporosity of this vuggy sample, with 8% visible porosity, contributes significantly to the 
total porosity. However, the microporosity does not contribute to the effective pore volume or 
permeability of this sample. Permeability is controlled by interconnected vugs, and there is high 
vug connectivity in the vertical direction of the core. In fact, vertical permeability is higher than 
horizontal permeability in this sample. A horizontal view of the end of the core was obtained 
from the CT data. Figure 3 shows calculated density from the x-ray CT data for a slice from core 
#41, which is plotted as dry density in g/cc. In the same figure, a photograph of the end of core 
#41 is shown for comparison. There is good agreement between the vuggy pores imaged in the 
photograph and those visible in the CT cross section. 

 We also observed other cores with separated vugs that do not contribute significantly to 
formation permeability. We compare the images of core #41 (interconnected vugs) with core #7 
(separated vugs). Core #7 is a limestone of grainstone texture with a visible porosity of 17% and 
calcite cements as the most abundant pore-filling constituents. This sample was taken from a 
depth of 1022 feet (312 m) in the Miocene Arcadia Formation of the Hawthorn Group. In Figure 
4, 2D density images of cores #7 and #41 show separated and interconnected vugs. Since the 
cores were dry during CT imaging, for the simulations the cores were assumed to be water-
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saturated, capped by steel pistons, and surrounded by an oil bath. Figure 4 shows the model used 
in the finite difference simulations, in which fluid substitution was used to predict saturated 
density. The vertical resolution is 2 mm and the horizontal resolution is 0.25 mm. In general, 
core #41 has more cavities (13.4%) than core #7 (4.5%). A stochastic analysis of the CT image 
for core #41 predicts two length scales in the z-direction: 2.2 and 17 mm. In the xy plane the 
length scales are 2.4 and 7.2 mm. The length scales are derived from fits to the 3D 
autocorrelation function of the density structure of the core. 

 The CT image of core #7 predicts a length scale in the z-direction of 2 mm and a length 
scale in the xy-plane of 3 mm. Table 1 shows full diameter core permeability measurements for 
the sample in one vertical and two horizontal directions. This table shows that the vertical 
permeability of core #41 is about three orders of magnitude greater than that of core #7. 
______________________________________________________________________________ 

Table 1: Permeability of Cores #7 and #41 

Core #7: φ  = 17% 

K h90 = 818 md; K hmax = 869 md (horizontal permeabilities) 

Kv = 7 md (vertical permeability) 

Core #41: φ  = 32% 

K h90 = 904 md; K hmax = 3097 md (horizontal permeabilities)  

Kv = 4389 md (vertical permeability) 

____________________________________________________________________________ 

 This information demonstrates that the vugs of core #7 are separated in the vertical 
direction, and the vuggy porosity in core #41 forms an interconnected system of vugs in the 
horizontal and vertical directions. These results imply that to obtain reliable ultrasonic and NMR 
core measurements for well log calibrations, full diameter cores should be used.  

 Ultrasonic Waveforms 

 We recorded waveforms of the P- and S-wave velocity measurements for 24 cores from 
the PBF10 well. We made only saturated measurements for most of the cores, but in cores #7 
and #41, we made both saturated and oven dry measurements. The waveforms from these cores 
are shown in Figure 5. The early signal on each trace is an indirect signal from the transducer 
source. The last signal is a ringing in the sample chamber. There is reason to believe that vuggy 
porosity influences the waveforms. The wavelengths of P-waves at the source frequency of 250 
kHz are about 16 mm. 

 To determine the effect of the cavities on the waveforms, we used simulations based on  
finite difference modeling, because the simulated waveforms are qualitatively similar to the 
experimental waveforms (Figure 6). We did not expect them to be exactly the same because of 
differences in geometry (3D vs. 2D and exact vs. approximate structure), source waveform, and 
experimental apparatus. Nevertheless, certain aspects of the synthetic waveforms are worthy of 
note. We ran three cases for cores #7 and #41. First, we produced a synthetic waveform using a  
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uniform core, with constant density and constant elastic properties. The density of this uniform 
core was equal to the average density of the real saturated core. Second, we produced a synthetic 
waveform for the heterogeneous saturated core shown in Figure 4. Finally, we produced a 
synthetic waveform for a dry core in which the cavities were filled with air rather than water, and 
the matrix had reduced density and elastic moduli associated with fluid removal. These 
waveforms were of axial displacement measured in the lower endcap, and were the result of an 
axial signal originating in the upper endcap. 

 Through simulation, we observed and quantified more directly some of the effects of the 
heterogeneities in the cores. In Figure 6, the synthetic ultrasonic waveforms are based on the 2-D 
core model of Figure 4. The black line is the waveform for a homogeneous saturated core, the 
green line is the waveform for a heterogeneous saturated core, and the red line is the waveform 
for a heterogeneous dry core. Waveforms associated with core #41 capture the heterogeneous 
conditions of the carbonate sample. The synthetic waveform for core #7 is almost identical to the 
waveform of the uniform, equivalent core, although reduced in amplitude. This core has few 
cavities and is much more uniform than core #41. The waveforms of core #41 are noticeably 
different in shape when compared to the uniform core. These differences are due to discrete 
scattering by the vugs, which are comparable in size to the wavelength; such effects make it 
difficult to use ultrasonic wave propagation to characterize vuggy carbonates. 

 Next, we analyze P-wave velocities from the 24 cores and relate them to permeability for 
five different facies based on thin section analysis (petrography). Figures 7a and 7b show 
crossplots of the 24 P-wave velocities of full diameter core samples versus vertical and 
horizontal permeability. In Figure 7, the color green (facies 1) represents a rock fabric of low 
porosity and low permeability with isolated moldic porosity. Red (facies 2) denotes high porosity 
and high permeability with connected porosity. Purple (facies 3) indicates high porosity and low 
permeability sandstone with small interparticle porosity. Orange (facies 4) specifies a very high 
porosity and very high permeability with well-connected vuggy and interparticle porosity. 
Finally, blue (facies 5) denotes very high porosity and very low permeability with isolated 
moldic, interparticle porosity. The curves show in general that P-wave velocity decreases as 
permeability increases. However, there are two local trends that show an increase in velocity as 
permeability is increased. One is a cluster between 1000 and 6000 md [9500 to 11,200 ft/s 
(2896-3414 m/s)] formed by the facies 2 and 4 samples, which are high permeability, low 
velocity flow units. The second is a cluster in the interval of 10 to 100 md, which represents the 
majority of the sandstones (facies 3). 

2.1.5 NMR Signatures in Carbonates  

 In this section we attempt to characterize the pore structure based on the digital 
processing of SEM, OM, and CT scan data. We produce synthetic NMR signatures, based on 
pore size distribution from image data, to evaluate observed NMR well log signatures. The main 
goal is to relate micro-, macro-, and vuggy porosity with the NMR signatures and to determine 
how these types of porosities are related to permeability in the Floridan aquifer. A second 
objective is to verify the NMR well log calibration.  
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Comparing Pore Size Distribution Based on Image Analysis and NMR Well Log 
Signatures 

 We use three different techniques to image the pores, spanning a range of length scales. 
X-ray CT scans produce 3D images with a pixel resolution of about 0.25 mm (useful for imaging 
vugs). Optical microscopy (OM) of thin sections provides a pixel resolution on the order of 2 µm 
(useful for imaging moldic and interparticle porosity). Scanning electron microscopy (SEM) of 
polished core fragments provides a pixel resolution of 30-300 nm. Porosity is broken down by 
these three imaging methods and by two sources (core or well log) for core #7 and core #41 in 
Tables 2 and 3, respectively. 
______________________________________________________________________________ 

Table 2: Approximate Breakdown of Porosity by Imaging Method and Porosity Type for 
Core #7 

CT (vuggy) = 13%  
OM (macro) = 4% 
SEM (micro) = 17%  
Total porosity from imaging = 33%* 
Porosity from core = 32% 
Porosity from NMR well log = 39% 
*Numbers do not add exactly because of overlap in SEM and OM length scales. 
____________________________________________________________________________ 

Table 3: Approximate Breakdown of Porosity by Imaging Method and Porosity Type for 
Core #41 

CT (vuggy) = 4% 
OM (macro) = 3% 
SEM (micro) = 12% 
Total porosity from imaging = 19%* 
Porosity from core = 17% 
Porosity from NMR well log = 24% 
*Numbers do not add exactly because of overlap in SEM and OM length scales. 
_____________________________________________________________________________ 

 We compute the pore radius and histograms of pore radius distribution from the images. 
The pore radius is taken to be  

 r area
perimeterpore  

 
 
 

 
 
 2 ,                    (1) 

as this quantity gives the length scale associated with the narrower axis of elliptically shaped 
pores, which is the axis that controls the NMR T2 relaxivity response. This response is typically 
expressed as 

  1 2 1

2 2T r Tpore b

  ρ ,   (2) 
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where we assume that the ratio of volume to surface area is rpore/2. The quantity ρ is the surface 
relaxivity, and it represents the tendency for molecules to relax their magnetization at the pore 
wall. Values usually range from 1 to 10 µm/s in carbonates (Chang et al., 1997; Ramakrishnan et 
al., 1999). The quantity T2b is the bulk relaxivity, and it represents the time scale over which the 
magnetization is lost in a bulk (unbounded) fluid. In practice, workers almost always assume the 
bulk relaxation term is negligible compared to the surface relaxation term. However, in the 
Florida vuggy carbonates this assumption is unwarranted. Based on the data, it appears that the 
T2b bulk relaxation time is about two seconds. 

 We can demonstrate the importance of the bulk term through simple analysis using 
equation (2). If the surface relaxivity rate is 5 µm/s, then a pore with radius 10 µm has a T2 
relaxation time of 1 second. This is a fairly small pore, but its T2 value is close to the bulk 
relaxation time. We know from examining the core images that a significant fraction of the 
aquifer carbonate porosity is in larger moldic and vuggy porosity, but this is not apparent from 
the NMR logs. It can be argued that large separated pores do not contribute much to formation 
permeability, so it doesn’t matter if the NMR log distinguishes large pores from smaller ones. An 
examination of the NMR log, however, might lead one to the erroneous conclusion that most of 
the pores are 10-20 µm. In consideration of this issue, Chang et al. (1997) recommend using only 
T2 values smaller than 750 ms when computing permeability in carbonates. 

 We extract pore size distribution from the images of core #7 using digital processing. The 
pore size histogram is shown in Figure 8a. The two SEM magnifications and the OM image have 
overlapping scales of view, so there is a continuous distribution of pore sizes from 0.02 µm to 50 
µm. From pore size distribution, we can predict T2 distribution. Matching the peaks of the pore 
size histogram and the well log T2 distribution suggests that the formation relaxivity is near 5 
µm/s, which is within the range of acceptable values for carbonates. The presence of sand is 
expected to increase the relaxivity somewhat, as sandstones have higher relaxivities than 
carbonates. Figure 8b shows the predicted T2 distribution from the core in the absence of any 
bulk relaxation using a relaxivity of 5 µm/s.  In this case, the 32-ms peak from the well log 
reflects the matrix microporosity observed in the SEM images, and the bulk relaxation in larger 
pores accounts for the 0.5-second peak. 

 In the above example, the synthetic T2 distribution without bulk relaxation does not fit 
the NMR well log signatures because the bulk relaxation time Tb is excluded (see Figure 8b).  To 
include Tb in the synthetic distribution, we build a decay curve based on the pore size histogram 
that has the following form,  

  D t ereal i
i

N
t T i( ) /   φ 2  (3) 

whereφi
 is the porosity associated with each pore size, and T2i is determined from 

  1 2 1

2 2T r Ti i b

  ρ ,  (4) 

where ri is the pore size. 
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 To illustrate this concept, we use the histogram of core #41 given in Figure 9a and the 
corresponding NMR well log signature.  From the pore size distribution, we predict the T2 
distribution.  Matching the peaks of the pore size histogram and the well log T2 distribution 
suggests that the formation relaxivity is near 1.5 µm/s, which is also within the range of 
acceptable values for carbonates.  Figure 9b shows the predicted T2 distribution from the core in 
the absence of any bulk relaxation.  After inspecting the NMR well log signature associated with 
core #41 and the pore size histogram, we find that T2b = 500 ms. These parameters are important 
when constructing equation (3).  The next step is to construct the function that should fit the 
NMR well log signature at the location of core #41.  This function has the form 

  D t A efit j
j

M
t T j( ) /   2  (5) 

where T2j are equally spaced T2 values at which the NMR well log signature is sampled, M is the 
number of T2i, and Aj represents the unknown porosity values that should be obtained by 
minimizing the residual function 

    R D t D t Afit k real k j
jk

     ( ) ( )
2 2α  (6) 

where k sums over all times in the decay curve.  The second term in equation (6) is a 
regularization term that smooths the T2 distribution. 

 The resulting Aj (partial porosities) as a function of T2j are plotted with the observed 
NMR signature at the location of core #41 in Figure 9c.  The result demonstrates that T2b is an 
important parameter that should not be neglected in an analysis of vuggy carbonates, and it 
shows the effect of vugs on NMR well log data.  However, using NMR to determine the pore 
size associated with vugs is not possible.  

 Comparing NMR Core Signatures with OM Thin Sections  

 When calibrating NMR well logs with core samples, one must consider whether the 
samples chosen for the calibration are representative of the formations.  In vuggy carbonates, an 
important issue is whether to use core plugs or full diameter core samples.  Since the laboratory 
equipment used to conduct the NMR measurements was limited to samples of about one inch, 
small plugs were selected from 18 of the full diameter cores (4 inches in diameter).  The plugs 
contain a few small vugs that are not completely representative of the vuggy formation 
surrounding the borehole.  In fact, the NMR measurements were made for plugs having different 
permeabilities and porosities than those of the full diameter cores. 

 To understand what the NMR core data represents, we compare the NMR signatures with 
OM images.  The measurement results for five plugs are given with the OM images in Figures 
10a-e.  The NMR plots contain the T2 relaxation distributions for both desaturated and fully 
saturated samples overlain on one plot.  The optimum T2 relaxation cut-off times (T2C) for well 
log calibration were estimated from these data.   

 In Figure 10a, core #4 is a limestone of grainstone texture with intergranular pores (4%) 
and vugs (10.5%).  The total visible porosity is 10.5%.  The saturated T2 distribution exhibits two 
pore size peaks at 40 and 1000 ms. The photomicrographs show localized, separated vugs.  The 
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moldic, interparticle, and intercrystalline pores are minor.  The T2 distribution reflects the 
presence of the separate vugs (1000 ms) as well as the intergranular pore size (40 ms).  The large 
difference between plug permeability (158 md) and full diameter core permeability (1235 md) 
suggests that the formation surrounding the borehole at this depth is heterogeneous. 

 Figure 10b also shows a limestone with grainstone texture (core #6).  This sample, with 
poorly interconnected moldic pores (5.5%), does not show vugs and has a total visible porosity 
of 7%.  The T2 distribution peaks at 12 ms, which corresponds to the matrix microporosity of the 
grainstone sample (see Figure 9).  The permeability of this plug is close to zero, and the 
permeability of the full diameter core is 0.7 md, making this a homogeneous sample.  

 In Figure 10c, core #21 is a sandstone with an average grain size of 0.095 mm. 
Intergranular pores dominate the pore system (21.5%), and dolomite cement is present.  The total 
visible porosity is 23.5%.  The T2 distribution peak at 12 ms reflects matrix microporosity.  This 
is a low permeability, homogeneous sample.  Average plug permeability is 31.5 md, and full 
diameter core permeability is 86.3 md. 

 The limestone in Figure 10d (core #32) has a poorly preserved packstone texture.  Moldic 
pores and intraparticles can be identified.  The T2 distribution peaks at about 400 ms, 
corresponding to large pore size (vuggy porosity).  The sample is heterogeneous; plug 
permeability is 220 md and full diameter core permeability is 1805 md.  

 In Figure 10e (core #49), the limestone has a packstone texture with a total visible 
porosity of 31%.  The pore system comprises common intraparticle and intergranular pores, with 
moderate amounts of intercrystalline pores.  T2 distribution peaks at 80 ms, which corresponds to 
moderate pore sizes.  Plug permeability is 13 md and full diameter core permeability is 98 md, 
making this a relatively homogeneous sample. 

 In summary, pore size distributions based on two full diameter cores and NMR well log 
signatures provide the range of times for the microporosity, macroporosity, and vuggy porosity, 
which is used to evaluate the NMR signatures from small plugs.  A comparison of NMR core 
signatures from the small plugs with petrography and permeability data at the plug and full 
diameter core scales demonstrates that the NMR core measurements apply to the matrix 
permeability of the carbonate rock.  We expect NMR core calibration to produce permeability 
values lower than the true permeability values of the formation.  

 NMR Well Log Calibration and Processing 

 NMR measurements of 18 saturated and desaturated core plug samples provided 
information that allowed us to produce T2C for use in the calibration.  The T2C values for the 18 
samples ranged from 5-270 ms. Different relaxation rates were observed in the data associated 
with the different rock groups in the well, which provided the appropriate bound-volume index 
(BVI) for each core plug.  The BVI is the porosity associated with immovable fluid.  A second 
index based on flow zone indicators (FZI) is designed to separate rock types based on texture 
(see Amaefule et al., 1993).  Using a model based on FZI, NMR-derived porosity (φ ), and BVI, 
we devised a relationship to calculate permeability (k) at the core scale: 

 FZI a BVI b  ( / )1 φ  (7) 
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where  

  a = 1.4449 

  b = 6.36033  

and  k = 1014 FZI 2 [φ 3 / (1- φ )2 ]  (8) 

The parameters a and b were determined by fitting equation (7) to the data given in Figures 11a 
and 11b. 

 The NMR well log calibration procedure required a crossplot of T2 at the 50th percentile 
(median), versus normalized porosities [φ z = φ  / (1-φ )] of the 18 samples in logarithmic scale 
(see Figure 11b).  We observed that core samples with similar NMR relaxation characteristics 
lent themselves to the same group, with their log T2 versus log φ z clustering around the 
intercepting line given by 
 
  log log( ) log[ / ( )]T Sz gv2 1  φ ρ  (9) 

where Sgv is the specific surface per grain volume and ρ is the surface relaxivity.  Equation 9 has 
a 45º slope and intercepts the vertical at φ z  = 1.  In Figure 11b, the log plot of T2 versus φ z 
results in four slope lines; each line is associated with an intercept 1/ ρSgv that is constant for all 
data points on that slope line.  The factor 1/ ρSgv often is referred to as the relaxivity product, 
which represents both the relaxation power and the textural attributes of the formation.  The 
relaxivity constant ρ, expressed in combination with the specific surface area Sgv, varies from 
0.0006381 (ms)-1 to 0.0494647 (ms)-1 in the 18 samples. 

 Based on all the samples, we found ρSgv to be 0.000952 ms for group 1, 0.002608 ms for 
group 2, 0.009216 ms for group 3, and 0.039319 ms for group 4.  Since four relaxivity 
parameters were determined, there is one T2C value associated with each group.  We observed 
that relaxation group 1 has an average T2C of 199 ms, group 2 has an average T2C of 155.4 ms, 
group 3 has an average T2C of 101.7 ms, and group 4 has an average T2C of 9.7 ms. 

 The T2C values and the relaxivity products 1/ ρSgv provide the parameters for the NMR 
well log calibration.  The calibration procedure consists of finding the relaxation group for the 
logged zone by dividing its log T2 at the 50th percentile (median) by the normalized NMR-
derived porosity φ z.  If the T2/φ z=1/ρSgv falls within the range of one of the relaxivity products 
shown in Figure 11b, then the zone belongs to that selected relaxivity product, which is also 
associated with a relaxation group number and a T2C.  Thus, equation (8) produces the NMR-
derived permeability based on the calibration parameters.  The second plot of Figure 12 shows 
the permeability, and the far right plot shows the T2 distribution in the color scale and overlain 
red lines.  The white log is the median T2 value, used with the normalized porosity to 
discriminate among relaxivity units.  The thick red line is the variable T2C.  For comparison, 
Figure 12 shows lithology, porosity, and Vp and Vs logs.  A comparison of the permeability log 
with the lithology shows a very low permeability in the sandstone and a moderate permeability 
low in the chalky carbonate.  The high permeability values correlate to the carbonate with 
interparticle porosity, which is consistent with the core data.  
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2.1.6 Field Scale Application  
 NMR-based Permeability and P-wave Velocity  

 Our goal during this phase of the project was to relate permeability to interwell velocity 
on the basis of multiple offset high resolution seismic measurements recorded between wells 
PBF10 and PBF13.  Crosswell tomography and reflection images were gathered at the site.  We 
focused on the P-wave velocity image data, illustrated in Figure 13, as well as the gamma ray 
and Vp well logs.  Since well PBF10 is plugged below 1100 feet (335 m), the receiver could only 
record data from 600-1100 feet (183-335 m).  Therefore, lateral velocities were constrained 
using tangential and normal (to the profile) constraints in the 3-D model where travel time data 
were only partially present [below 1100 feet (335 m) and above 600 feet (183 m)].  The 
tomogram represents a 2-D slice of the 3-D velocity model (though this is a trivial case for a pair 
of vertical wells).  In Figure 13 the blue logs (tomography logs) were extracted from the 
tomogram at the well locations.  Velocities in the region between 1100 and 1200 feet (335-
360 m), intercepted by well PBF10, are based on the constraint model, which consists of well log 
information and the tomogram velocities from the same depths near well PBF13.  The constraint 
model assumes a high degree of lateral homogeneity.  Thus, the P-wave velocity extracted from 
the tomography data set is plotted as a velocity log at both sides of the velocity image.  

 Field Scale Permeability and Porosity Images Based on Well Logs 

 Since there is a good correlation between P-wave velocity and permeability at the core 
scale, as shown in Figure 7, we correlate Vp both with the NMR-derived permeability and with 
the total porosity log.  The computed relationships are shown in Figure 14.  The figure shows 
nonlinear relationships between Vp and permeability in the permeable Ocala carbonates (1070-
1200 feet or 326-360 m) and the Arcadia Formation at depth intervals of 950-1010 feet (290-
308 m) and 1025-1045 feet (312-319 m).  In the Ocala carbonates, these relationships are 

 Vp = 9500 k -0.03; for 1070-1200 feet (326-365 m) (10a) 

and in the Arcadia Formation the relationships are  

 Vp = 8400 k -0.0079; for 950-1010 feet (290-308 m) (10b) 

and  

 Vp = 7300 k 0.041; for 1025-1045 feet (313-319 m) (10c) 

Figure 14 shows linear relationships between Vp and porosity in both regions.  In the 
Ocala carbonates, these linear relationships are  

 Vp = 12700 - 113φ ; for 1070-1200 feet (326-365 m) (11a) 

and in the Arcadia formation, they are  

 Vp = 12700 - 136φ ; for 950-1010 feet (290-308 m) (11b) 

andφ  = 31; for any value of Vp in the interval between 1025 and 1045 feet (313-319 m).      (11c) 
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 The permeability and porosity equations (10) and (11) are applied to the velocity pixels 
from Figure 13 to produce the permeability and porosity images in Figure 15.  In this case, we do 
not compute porosity and permeability in the region below 1100 feet (335 m) associated with 
well PBF10.  We only consider the region covered by the source borehole, which is at different 
depths in the region between 600 and 1200 feet (183-366 m).  

 In Figure 15, comparison of the permeability log with the lithology shows very low 
permeability in the sandstone and moderately low permeability in the chalky carbonate.  The 
high permeability values correlate to the carbonate with interparticle porosity, which is 
consistent with the core data.  We compare the lithology with velocity, porosity, and 
permeability images between 950 and1200 feet (290-366 m).  A porous zone from 1100 to 1200 
feet (335-366 m) between wells PBF10 and PBF13 is developed at well PBF10 and decreases 
toward well PBF13.  

 In the permeability image of Figure 15, we observe three flow units that begin at depths 
of 970 feet (296 m), 1020 feet (311 m), and 1070 feet (326 m).  The flow unit at 970 feet (296 m) 
is continuous between wells PBF10 and PBF13 and is about 10 feet (3 m) thick.  This unit has a 
low P-wave velocity with moderate porosity averaging 28%.  The lithology is in a high gamma 
ray zone of the Arcadia Limestone Formation that contains 15-20% sands.  The middle flow unit 
also is a thin continuous bed less than 10 feet (3 m) thick, with an average porosity of 20%.  This 
unit, a sandy carbonate in the Arcadia Limestone, is a high velocity zone associated with a low 
gamma ray anomaly.  Core samples #4, #6, and #7 from this region are limestones of grainstone 
texture.  In general, they contain separated vugs that do not contribute significantly to 
permeability.  In this flow unit, the matrix of the rock formation controls permeability.  The flow 
unit at 1070 feet (326 m) is a low velocity region of the Ocala Limestone about 60 feet (18 m) 
thick.  This zone is a carbonate with interparticle porosity and is characterized by a low gamma 
ray anomaly.  The porosity varies from 28 to 40% in the interwell region.  Core samples #32, 
#41 and #49 belong to this region; #32 and #49 are limestones with packstone textures, and #41 
is a limestone with wackestone texture.  All of these samples are heterogeneous and 
characterized by large pore sizes and interconnected vugs.  This high permeability zone is 
consistent with the hydrological results of the high water production being monitored in wells 
PBF10 and PBF13.  

2.1.7 Conclusions 
 Analyzing ultrasonic responses based on CT models constitutes a practical way to 
determine the heterogeneous conditions of the rock fabric and the applicability of acoustics to 
describe the aquifer formation.  Analysis of the observed and calculated ultrasonic responses 
leads to correlations of P-wave velocity and permeability at the core scale.  This suggests that 
velocity can be related to permeability at the borehole and interwell scales.  Excellent 
correlations between P-wave velocity and porosity and P-wave velocity and permeability at the 
borehole scale demonstrate that velocity images at the interwell scale can be converted to 
permeability and porosity distributions between wells PBF10 and PBF13.  The images delineate 
three flow units in the 330-foot (100-m) interwell region.  The upper two flow units are thin, 
continuous, connected beds less than or equal to about 10 feet (3 m) thick.  The deeper flow unit 
is approximately 60 feet (18 m) thick and is more heterogeneous than the upper two flow units.  
The velocity, porosity, and permeability images correlate with the gamma ray and velocity logs 
in all three units.  The velocity dispersion observed between the Vp and tomography logs in the 
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deeper flow unit suggests that attenuation tomography also can be used to map fluid flow effects 
in the south Florida aquifer. 

 Processing the SEM, OM and CT image data provides the pore size distribution used to 
evaluate the NMR well log signatures.  The fit between synthetic and observed T2 distribution 
suggests that NMR captures the matrix porosity, and that vuggy porosity has an effect on the 
observed NMR signature.  In addition, bulk relaxation is an important parameter in vuggy 
carbonates that should not be neglected when processing NMR well log data.  

 Comparisons of the plug and full diameter core permeability measurements imply the 
presence of permeability heterogeneity at these two scales.  This condition suggests that NMR 
full diameter core measurements will provide more representative permeability data than 
measurements from plugs.  Thin section and core analyses show that NMR well log-derived 
permeability represents the matrix permeability.  Although NMR well log calibration based on 
plugs apparently underestimates the true permeability of the vuggy formation, relative 
permeability correlates with lithology in the region between 1000 and 1200 feet (305-366 m). 

 This phase of the project demonstrated that NMR and acoustic techniques, supported by 
core analyses, complement each other and can be used to characterize vuggy carbonate 
formations at the pore and borehole scales.  The final results show that integration of well logs 
with crosswell seismic techniques is a practical approach for mapping flow units in the carbonate 
aquifer of the Ocala Limestone Formation in Palm Beach County, south Florida. 
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Figure 1. Lithology column based on cores and well logs from well PBF10 in
the Florida aquifer.
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Figure 2. 3D view of an x-ray CT scan of the full diameter of core # 41, a vuggy carbonate
core with wackestone texture from the Upper Eocene Ocala Limestone Formation of the 
Florida aquifer.
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(a) (b)

Figure 3. (a) Calculated density from the x-ray CT image of a slice from core # 41. 
Data plotted is dry density in g/cc. (b) Photograph of one end of core # 41. Vug 
sizes and locations exhibit good correlation between the visible and CT images.
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Figure 4. 2D density images of cores # 7 and # 41 showing separated and 
interconnected vugs. The cores are assumed to be water saturated.
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Figure 5. Experimentally measured ultrasonic waveforms. The fundamental 
frequency is 250 kHz.
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Figure 6. Synthetic waveforms from the 2D models. Black waveform is for 
the homogeneous saturated core, green waveform is for the heterogeneous 
saturated core, and red waveform is for the heterogeneous dry core.
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(a)

(b)(b)

Figure 7. Crossplots of 24 measured and calculated P-wave velocity 
samples versus (a) vertical and (b) horizontal permeability. The colors 
represent five lithological facies.
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Figure 8. (a) Pore size distribution for core # 7 based on multiple imaging 
methods. (b) Predicted T2 distribution based on pore size histogram, compared to 
T2 distribution from well log. Bulk relaxation time not included.
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Figure 9. (a) Pore size distribution for core #41 based on multiple imaging methods.
(b) Predicted T2 distribution based on pore size histogram (bulk relaxation time not 
included), compared to T2 distribution from well log. (c) Predicted T2 distribution 
based on pore size histogram with bulk relaxation time included, showing a good 
match with the NMR well log signature.
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(a)

(b)

(c)

(d)

(e)

Figure 10. (a-e) Comparisons of T2 distributions for desaturated and 100% brine-
saturated samples (# 4, # 6, # 21, # 32,and # 49, respectively) for determination of 
T2 cut-offs.
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Figure 11. (a) Crossplot of FZI versus BVI/N. The figure shows the models for 
FZI and permeability prediction from BVI. (b) T2 median versus normalized 
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calibration.
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Figure 12. Comparison of NMR-derived permeability with velocity logs and 
lithology. Far right plot shows T2 distribution in the color scale and overlain red 
lines. White log is the median T2 value. Thick red line is the variable T2 cut-off.
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Figure 13. P-wave velocity image between wells PBF10 and PBF13. Gamma 
ray, Vp, Vs, and tomography logs are also shown. Well separation is 330 feet 
(100 m).
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Figure 15. Comparison between velocity, permeability, porosity images and 
lithology. Permeability and porosity images are based on regression equations 
in Figure 14.



2.2 Permeability and Porosity Images Based on Sonic and Seismic Reflectivity: 
Application to a Carbonate Aquifer 

2.2.1 Introduction 

In this phase of the project, we made measurements integrated with well logs and 
petrography from the south Florida carbonate aquifer.  Petrography and core analyses revealed 
relationships between the rock physical properties that were used to determine what controls the 
compressional and shear wave velocities of the formation.  A digital thin section analysis 
provided the pore size distributions of the rock matrix, which allowed us to relate pore structure 
to permeability and to characterize flow units at the core and borehole scales. 

As stated in the preceding section, carbonate pore systems are complex and difficult to 
characterize.  Key to the work reported here is an understanding of the different types of porosity 
and the way porosity does or does not contribute to permeability.  In addition to the porosity 
types described by Choquette and Pray (1970), a useful explanation of porosity is provided by 
Lucia (1983), who defines two major categories of porosity – the pore space between grains or 
crystals (interparticle porosity) and all other pore space (vuggy porosity).  Vugs may be within 
grains or crystals, or they may be larger than those particles.  He further divides vuggy porosity 
into two classes – separated vugs and touching vugs.  Separated vugs are connected via 
interparticle pore space and are fabric-selective.  Separated vug plus interparticle porosity 
increases total porosity, but does not significantly increase permeability.  Touching vugs form 
interconnected pore systems that are independent of the interparticle system, and they are not 
fabric-selective.  Touching vugs can greatly increase permeability.  Lucia maintains that pore-
size distribution controls permeability and is related to rock fabric, and that carbonate rocks, in 
the absence of vuggy porosity, can be described by particle size and sorting, as well as 
interparticle porosity.  

Recently, Hackert and Parra (2002) estimated the scattering attenuation from vugs or 
karsts based on an analysis of ultrasonic data from full diameter core samples.  These studies 
reinforce how complicated pore structures are.  To adequately assess the role porosity plays in 
formation permeability, a characterization based on crosswell seismic and surface seismic data 
requires sonic/NMR well logs supported by core data and thin section images (Parra et al., 2001). 

In Section 2.2.2, we describe how crosswell seismic data is used to determine whether the 
aquifer’s confining units and permeable zones can be delineated at interwell scales.  Reflection 
and tomography images are calibrated with velocity/density well logs and lithology.  The 
reflection-derived impedance is integrated with permeability and porosity logs to create 
permeability and porosity images of the interwell region.  In addition, the flow units detected in 
the interwell region are characterized at the core and pore scales, supported by petrography and 
digital thin section analyses.  

2.2.2 Crosswell Reflection Images   
The crosswell seismic survey described in Section 2.1.2 yielded field data that were 

processed using a 3-D anisotropic processing framework to create tomography and reflection 
images.  Figure 16 shows the reflection image, velocity image, sonic log, and tomographic 
velocity plotted in measured depth referenced from ground level for well PBF10, about 10 feet (3 
m) from the well (no velocity logs were available for well PBF13).  Actual reflection coverage 
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below the total depth for each well is limited by well spacing, as well as the deepest source and 
receiver locations in each well.  The resolution of the reflection data for this profile is very good 
to about 2 feet (0.5 m) vertical resolution.  The reflection images show good agreement with the 
acoustic and density log variations with depth and hence with the synthetic seismogram.  
Vertical velocity variations agree very well with the reflection events, with little or no lateral 
structural variations.  There was no access to receiver locations below 1110 feet (338 m) due to 
an obstruction in the well.  This limited access reduced reflection coverage in the deeper part of 
the section and thus the amount of reflection data available for mapping. 

 The P-wave velocity image data, illustrated in Figure 16 with the gamma ray and Vp well 
logs, was converted to porosity and permeability images using permeability/porosity logs and P-
wave velocity logs.  Since these images are given in Parra et al (2002), we will focus on porosity 
and permeability images based on reflection data.  However, before producing these porosity 
images at the interwell scale, we evaluate permeability logs using cores and thin section images.  

2.2.3 Petrophysics   

 Permeability Based on Cores and Well Logs     

 To understand how pore size distribution is related to permeability in the south Florida 
aquifer formations (described in Section 2.2.4), we analyze core samples and thin sections of 
cores from well PBF10. 

 We introduce two permeability logs derived from NMR well logs at two scales, based on 
two methods of calibration.  One permeability log is calibrated using a T2C of 92 ms, as well as 
statistical correlations based on permeability samples from an existing data set from several 
carbonate reservoirs (Mehmet, Altunbay, 2000, personal communication).  This log correlates 
well with 44 full diameter core samples of 10 cm in length, so we assume that it represents an 
average scale of 10 cm of the formation.  The second permeability log is based on NMR 
laboratory measurements of core plugs about 2.5 cm in length.  Eighteen plugs were used for the 
calibration (see Parra et al., 2002).  Both permeability logs are plotted with the lithology and the 
gamma ray log in Figure 17. 

 Table 4 lists the permeabilities of the 18 plugs and the corresponding full diameter cores.  
The crossplot in Figure 18 illustrates good correlation between these permeability values. 

Table 4.  Permeability Values for Plugs and Full Diameter Cores 

Sample Depth Permeability Porosity Maximum K(90) 
No. Feet Klinkenberg  Helium NMR Full Core Full Core

   md % % md md 
2 1015.60 0.02 7.1 7.1 0.1 0.1 
4 1018.45 158.2 13.2 13.7 1235.7 640 
6 1020.80 0.02 12.1 10.0 0.7 0.3 
8 1022.30 363.8 28.6 25.7 2740.2 2216.9 
9 1023.80 806.0 29.7 27.2 2059.5 1853.1 
17 1046.75 32.8 28.6 29.5 62.9 58.6 
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19 1048.25 13.0 20.3 20.7 25.8 24.8 
21 1050.60 31.5 31.9 33.6 86.3 86.3 
22 1051.25 65.2 26.2 23.8 170.2 155.6 
25 1058.10 25.2 32.3 30.6 102.3 94.0 
29 1126.65 206.0 34.5 33.4 1126.9 1028.0 
32 1129.60 220.1 42.1 42.2 1805.1 1775.8 
34 1131.65 436.3 44.8 43.9 1135.5 1085.7 
36 1133.55 617.0 30.5 30.1 3001.0 3259.3 
43 1156.80 4.3 35.9 36.7 11.4 10.7 
47 1160.15 9.3 33.0 32.9 26.4 24.5 
49 1162.20 13.2 40.4 41.1 98.4 47.3 
50 1170.25 3376.0 31.4 32.4 7137.0 7137.5 

 

 To investigate how these two permeability logs are related to the pore structure, we 
digitally processed 24 thin sections following the method described by Anselmetti et al. (1998), 
which provides information on the pore size distribution of the rock matrix.  These data and a 
petrography analysis helped us group the core samples into five facies.  In Figure 19, we show 
permeability as a function of depth, along with the facies, to illustrate how they relate.  In this 
figure, green (facies 1) represents a rock fabric of low porosity and low permeability with 
isolated moldic porosity.  Red (facies 2) denotes high porosity and high permeability with 
connected porosity.  Purple (facies 3) indicates a high porosity, low permeability sandstone with 
small interparticle porosity.  Orange (facies 4) specifies a very high porosity and very high 
permeability pore structure with separated vug pore space and well-connected interparticle 
matrix porosity.  Finally, blue (facies 5) denotes very high porosity and very low permeability 
with isolated moldic, interparticle, and intraparticle porosity. 

 Pore size distributions based on the thin sections are given in Figure 20.  The core 
identification number and depth are indicated.  This information is used to correlate pore size 
distribution with the corresponding facies, and from these distributions we calculate porosity in 
pores greater than 40 microns.  After examining the thin sections of several cores and their pore 
size distributions, we crossplot the horizontal core permeability with the porosity in pores greater 
than 40 microns (see Figure 21).  The plot shows good correlation between permeability and 
pore structure, particularly between a connected and well-connected matrix and high core 
permeability.  This correlation suggests that matrix porosities greater than 8% for connected and 
well-connected matrix pore structures result in the high permeability in the formation. 

 A comparison of well log and full diameter core data is given in Figure 22.  In general, 
there is good correlation between the high permeability log data and the core data in the region 
between 1000 and 1150 feet (305-350 m).  Core samples from below 1150 feet (350 m) correlate 
better with the low permeability log.  This region is a chalky carbonate that corresponds to facies 
5.  (Note that the low permeability log was calibrated only with plugs from the most uniform part 
of the full diameter core samples.)  In Figure 22, the other well logs are seen to correlate well 
with the core samples, with the exception of Vp and Vs logs.  As expected, the heterogeneous 
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pore structure of the carbonate rock (see Parra et al. 2002 and Hackert and Parra, 2002) produces 
large velocity variations at different depths.  For example, the velocity varies from 10,000 to 
15,000 ft/s between 1040 and 1050 feet (317-320 m). 

 There is also good correlation between plug permeability and pore size in the porosity 
range of 5% or less for pores greater than 40 microns.  Full core permeability versus pore size in 
the porosity range from 5-16% shows good correlation as well.  This result suggests that these 
two types of macropores control formation permeability. It also suggests that porosities greater 
than 16% do not contribute to permeability.  Since the full-core permeability data set correlates 
with the high-permeability log, we use this log to estimate interwell region permeability.  

 Velocity as a Function of Rock Physical Properties 

 Figures 23a and 23b show crossplots of P- and S-wave velocity versus porosity based on 
the full diameter core data.  Both plots show a decrease in velocity as porosity increases.  Facies 
1 (very low permeability), associated with the high velocity part of the graph (green), shows a 
linear trend between velocity and porosity.  Most of the rock fabric in this facies exhibits less 
than 20% porosity, a P-wave velocity between 13,000 and 17,000 ft/s, and an S-wave velocity 
between 6000 and 9000 ft/s. Facies 3 exhibits a different linear trend; however, few sandstones 
deviate from the linear trend for porosities greater than 30%.  In fact, there are about six samples 
of equal porosity (30%) and bulk density (2.1 g/cm3, see Figure 24) in which P-wave velocity 
varies between 10,000 and 13,000 ft/s, and S-wave velocity varies between 4000 and 8000 ft/s.  
This suggests that velocity in this zone is controlled by matrix rigidity (consolidation).  A 
different group of samples with porosities greater than 40% has well-connected, vuggy, 
interparticle porosity.  The P- and S-wave velocities vary within a small range for porosities 
greater than 40%.   

In general, based on the plots of Figure 23, P- and S-wave velocities decrease with 
increasing porosity in all the facies.  This velocity variation occurs because P- and S-wave 
velocities depend on the shear bulk modulus, or rigidity, of the rock matrix.  The shear bulk 
modulus in turn depends on porosity, decreasing with increasing porosity.  In effect, the pores 
destroy the structural integrity and hence the rigidity of the rock.  Thus, flow units associated 
with connected moldic porosity are low velocity zones.  Facies 2 and 4 have high permeability 
and low P- and S-wave velocities. 

 Figures 24a and 24b show crossplots of P- and S-wave velocities versus bulk density.  In 
general, the plots show an increase in velocity as density increases.  Referring back to Figures 7a 
and 7b, we see that the velocities decrease with increasing permeability and vary more in sandy 
carbonate than in limestone. Connected moldic porosity and well-connected, vuggy, interparticle, 
and intraparticle porosity samples formed a group of lower density and low P- and S-wave 
velocities.  This group of samples is part of a flow unit in the range of about 1000 to 6000 md; 
the samples contain different degrees of vuggy porosity. 

 The Vp versus horizontal and vertical permeability plot in Figure 25 illustrates a local 
trend of correlations trend for the sandstones and the high permeability flow units (facies 2 and 
4). To better visualize the relationship between vertical and horizontal permeability, we crossplot 
these two rock physical properties in Figure 25 and find a strong correlation between them.  
There are two major groups in the intervals of 10-100 md and 1000-6000 md: the majority of the 
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sandstones are clustered in a linear trend between 10 and 100 md, and the carbonates with 
connected porosity have permeabilities equal to or higher than 1000 md.   

 Figure 26a and 26b show horizontal and vertical permeability versus porosity, and three 
major facies can be easily identified.  In both plots we observe the isolated moldic porosity 
samples in the region between 0 and 20% porosity and the sandstones in the region between 20 
and 30% porosity.  Facies 1 has a vertical permeability between 0.1 and 100 md and a horizontal 
permeability between 0.1 and 1000 md.  In general, vertical permeability is less than horizontal 
permeability because the samples contain vugs that are separated in the vertical direction and 
interconnected in the horizontal direction.  This facies can be considered a permeability barrier in 
the vertical direction; however, fluid will flow horizontally in this zone.  In sandstone facies 3, 
porosity ranges from 20-32%, and vertical and horizontal permeability is within 8-700 md.    

 The facies samples characterized by the connected moldic, and the well-connected, 
vuggy, and interparticle samples, are from the region above 30% porosity. In these high 
permeability facies (2 and 4), there is only one sample that belongs to facies 5. It is located in the 
transition zone between facies 4 and 5, although the facies 5 sample correlates better with the 
facies 2 sample (connected moldic porosity). This may occur because the facies 5 sample has an 
isolated moldic porosity fabric with interconnected vugs, as is observed in sample #41.   

 In the Vp/Vs ratio versus Vp plot shown in Figure 27a, the connected moldic porosity 
zone has a Vp/Vs ratio above 2.  This zone has the lowest S-wave velocity, which is associated 
with low rigidity (high porosity).  The zone is characterized as an unconsolidated flow unit.  On 
the other hand, the Vp/Vs ratio is less than 2 for the well-connected, vuggy, interparticle facies 4.  
Since this unit is from a deeper region, we expect it to have higher rigidity.  The sandstones have 
a Vp/Vs ratio in the range of 1.6 - 2 due to increased shear wave velocity (a more rigid material).  
To determine whether there is a correlation between Vp and Vs, we crossplot these two rock 
physical properties in Figure 27b, and we observe an increasing linear trend between them.  With 
the exception of facies 2 and 4, Vp is relatively constant as Vs increases. 

 Figures 28a and b show crossplots of Vp and Vs versus horizontal/vertical permeability.  
The Vp plot does not show a clear correlation between the samples.  However, there are two 
major clusters:  the high permeability samples in the region greater than 1000 md, in which the 
samples are uncorrelated with Vp velocity, and the sandstones, which exhibit an increasing linear 
trend between Vp and permeability. 

 In the Vs crossplots with permeability, a general increase occurs in permeability as S-
wave velocity decreases.  All of the facies follow linear trends with a similar slope.  The Vs 
associated with the connected moldic and vuggy facies decreases from 5000 to 4000 ft/s as 
permeability increases from 700 to 6000 md.  In the isolated moldic facies, the Vs decreases 
from about 9000 to 5000 ft/s and permeability increases from 0.1-100 md.  The S-wave velocity 
of the sandstones decreases from 7500-5000 ft/s as permeability increases from 12-700 md.  This 
suggests that, as Vs is reduced, the shear bulk moduli decreases and the pore structure changes, 
with the pores becoming more connected and more permeable.  Thus, pore structure deteriorates 
as S-wave velocity decreases. 
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2.2.4 Interpretation of Interwell Images 

  Impedance, Porosity, and Permeability Images 

  The reflection image given in Figure 16 was inverted for impedance using the 
band-limited method (a feature of the STRATA software, developed by the Hampson and 
Russell company).  Figure 29 shows the impedance image between the PBF10 and PBF13 wells 
at depths from 750 to 1550 feet (229-473 m).  The Vp and density logs are overlain on the 
impedance image, and the image shows a good correlation with the well logs.  In particular, the 
impedance clearly shows the main boundaries of the upper and lower aquifers that correspond to 
the high impedance zones in red.  We analyze the impedance image in the region between 950 
and 1250 feet (290-382 m) and crossplot the permeability and porosity logs with the impedance 
at the borehole location. The resulting empirical relationships (or the impedance crossplot fit 
equations) for permeability and porosity at this depth range are given by (see Figure 30) 

                                          (12) 
k Z

Z
    
  

 2 10 16 10
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and permeability for depths of 1024-1045 feet (312-319 m) is given by  

            k Z  10 24 6 28.                         (13) 

 Permeability is in md, porosity is in percent, and impedance is in (g/cm3)/(ft/s).  
Equations (12) and (13) are used to convert the impedance to overlaying permeability and 
porosity images (see Figures 31a and b). Lateral changes in permeability are shown in Figure 
31a, particularly in the low-velocity zone between 1075 and 1140 feet (328-348 m).  Lateral 
changes are also observed in the porosity image, where a porosity of more than 40% correlates 
with the low impedance zone.   

 Relationship of Pore Structure to Permeability  

 Between 1070 and 1130 feet (326-345 m), flow unit core samples are limestones with 
packstone/wackestone textures.  All the samples are heterogeneous and characterized by large 
pore sizes and touching vugs.  As a first example, OM images of a core sample at a depth of 
1125 feet (343 m) show that the sample is characterized by a porosity of 43.3%, a grain density 
of 2.689 g/cm3, and vertical and horizontal permeabilities of about 872 md.  The K90 (core 
permeability) is 744.2 md.  The photomicrographs at two magnifications in Figure 32 are from 
thin sections of the core at 1125 feet (343 m).  Both pictures clearly show the interconnected 
porosity that correlates with high matrix permeability and porosity.  The sample is best classified 
as a porous, calcareous packstone-to-grainstone (Dunham, 1962).  This classification denotes a 
texture that is consistently grain-supported, but that contains as much as 10 percent interstitial 
carbonate mud.  Skeletal grains, including abundant foraminifera, dominate the framework. The 
internal structure of many skeletal grains is well preserved, such as wall structures in coralline 
algae and forams.  In addition, thin section and SEM examinations reveal that porosity comprises 
a heterogeneous, polymodal network of pores, including: (1) skeletal molds, the largest 
recognized pore types formed by selective dissolution of calcareous structures in the original 
limestone; (2) interparticle pores, representing original voids between framework grains created 
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after deposition; and (3) intraskeletal pores, commonly found in the interiors of foraminiferal 
tests, algal remains, and other inherently porous skeletal grains.   

 Pore size distribution based on digital processing of SEM and OM images is shown in 
Figure 33.  The pore size in the range of 10-100 µm is associated with a matrix permeability of 
200 md, which was determined from NMR well logs based on the calibration with core plugs in 
which vugs were not present.  Because the thin section images clearly show the pore structure 
connectivity associated with pore sizes in the range of 10-100 µm, the 200 md value may 
represent the matrix permeability associated with small pores, and the 574 md value may 
represent the permeability associated with macropores and interconnected vugs. 

 A second example, core #41 from a depth of 1138 feet (347 m), is a limestone with 
wackestone texture, with a vertical permeability of 4400 md and horizontal permeabilities of 904 
and 3097 md.  The core exhibits high vug connectivity in the vertical direction.  CT image 
analysis of this core predicts two length scales in the z-direction: 2.2 and 17 mm.  In the xy plane 
the length scales are 2.4 and 7.2 mm.  The vertical length scale of 17 mm correlates with the 
maximum permeability.  The horizontal high permeability correlates with 7.2 mm, and the low 
permeability correlates with 2.4 mm.  Cores from depths of 1125 and 1138 feet (343-347 m) both 
belong to facies 4, which is characterized by very high porosity and very high permeability with 
well-connected, vuggy, interparticle porosity.  In this facies, permeability is controlled by the 
macropores and the vuggy porosity.  It is difficult to estimate how much permeability is due to 
macropores and how much is due to vugs, but we can make a rough estimate based on the 
relationship between Vp versus porosity given in Figure 23a and by observing the permeability 
and porosity images.  We know that Vp decreases as porosity increases.  This suggests that, at 
the field scale in this region, the reflections are associated with a change in porosity.  For 
example, the two porosity zones in the 1070-1140 foot interval have been mapped with reflection 
images.  These two zones are heterogeneous, continuous until 200 feet (61 m), and then 
relatively discontinuous.  Based on core information, these two zones are the most vuggy and 
they correlate with high permeability, which suggests that their pore structure is formed by a 
network of touching vugs.  Therefore, these two zones (shown in red in Figure 31a) are probably 
characterized by vuggy porosity, and porosity in the orange, yellow, and green zones is probably 
controlled by macropores.     

2.2.5 Conclusions  
 At the pore, core, and borehole scales, we observed good correlation between the well log 
permeability and the permeability of the 44 full diameter core samples.  This suggests that well 
log T2 distributions from well PBF10 are truly capturing the connected pore structure of the rock 
matrix.  A connected pore structure does not necessarily mean that the matrix is formed only by 
touching vugs.  This statement can be supported by the good correlation between K90 and pore 
size, based on thin section image processing (see Figure 21).  This suggests that vugs do not 
completely control the high permeability of the carbonate formation in the region between 1050 
and 1150 feet (320-350 m).  This does not mean that vugs do not contribute at all to the total 
permeability.  In fact, the NMR data captures the vuggy porosity, it just cannot distinguish 
between vugs and large pores (this is supported by NMR modeling and pore size distribution 
based on digital imaging processing).  Unless most of the vugs are touching, the rock matrix is 
the primary controller of permeability.  This assessment is based on NMR well log data.  
According to the full diameter core data, in two zones in the region between 1050 and 1150 feet 
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(320-350 m), large vugs form a network of connected porosity.  These zones are delineated by 
the porosity and permeability images, which show a vuggy pore structure that is connected but 
not continuous in the interwell region.  As a consequence, permeable vuggy zones may exist but 
will not control the permeability of the aquifer.  In fact, flow can take short cuts through vugs or 
vuggy zones, but will still have to travel through the matrix to get from one vug or vuggy zone to 
the next.  Therefore, unconnected vugs or vuggy zones may multiply permeability by 2 or 3 but 
probably not by 10 or 100.  In addition, K90 is probably the more accurate measure, since the 
connected vugs tend to be connected in the vertical direction.  Core permeability is probably less 
sensitive to the exact position of vugs in the core and more reflective of how water moves 
through the rock of the confined aquifer.   

 Permeability and porosity images delineate three flow units in the 330-foot aquifer 
region.  The upper two flow units are thin, continuous, connected beds less than or equal to about 
10 feet (3 m) thick.  The deeper permeable zone is approximately 60 feet (18 m) thick and more 
heterogeneous than the upper two flow units.  Impedance, porosity, and permeability images 
correlate with the gamma ray and velocity logs, and pore scale characterization provides 
information on pore structure.  The upper flow unit, at 1030 feet (314 m), has a connected moldic 
porosity and is associated with a matrix permeability of about 1000 md.  The thicker, 
heterogeneous, permeable zone contains well-connected vuggy and interparticle porosity and a 
permeability greater than 2000 md.  Based on porosity and permeability image analyses and 
petrophysical information, two high permeability zones are delineated in the interwell region. 

 Data analysis, from the pore to the field scale, provides a new approach to characterize 
vuggy carbonate rock.  For example, using a suitable calibration procedure, the NMR well log 
gives information on porosity, pore structure, and permeability.  The NMR log also provides 
permeability at different scales in the range of the tool resolution.  In this study, permeabilities at 
2.5- and 10-cm scales were derived from the NMR well log.  In addition, crossplots between P-
wave velocity and porosity core measurements demonstrate that the velocity variation in the 
carbonate formation is inversely proportional to porosity.  This relationship is also observed at 
the borehole scale.  The correlation between velocity and porosity at the core and borehole scales 
provides insight into how the high resolution (1000-2000 Hz) crosswell seismic data can capture 
changes in velocity, which are related to porosity changes in the formation.  Based on the pore 
scale analysis, the high porosity zones are formed by large vugs, which can be separated or 
touching.  Some of these vuggy carbonate zones are also very permeable, according to 
information obtained from full diameter cores and permeability logs.  Since this approach can 
provide relationships between impedance (based on reflection data) and porosity as well as 
impedance and permeability at the borehole scale, we converted the impedance images to 
permeability and porosity images.  These images delineate flow units that can be characterized as 
very permeable, and lateral heterogeneous discontinuous that are directly related to vuggy 
porosity.  The images also delineate continuous, less permeable flow units that are related to the 
macropores of the rock matrix.  These are the flow units that carry most of the flow in the 
interwell region of the confining aquifer.  

 In conclusion, we delineated a high-permeability region that is consistent with the 
hydrology of the high water production being monitored between wells PBF10 and PBF13, and 
reflection image-derived impedance provides the depth of the lower boundary of the confining 
region of the aquifer as well as lateral details of the interwell region. 
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Figure 16. Reflection image and P-wave velocity image between wells PBF10 
and PBF13. Gamma ray, Vp, Vs, and tomography logs are also shown. Well 
separation is 333 feet (102 m).
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Figure 17. Lithology and permeability logs estimated from NMR well log data
based on two methods of calibration.
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Figure 18. Crossplot of the permeabilities of full diameter core samples (10 
cm long) versus permeabilities of 2.5 cm-plugs from the same cores.
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Figure 19. Correlation between the permeability log and five petrophysical 
facies. Two thin sections (magnification 20x) of cores from 1060.5 and 1126.5 
feet (323 and 343 m) show the pore structures of facies 3 and 4, respectively.
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Figure 20. Pore size distributions digitally obtained from optical microscopy thin sections.
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Figure 22. Well logs and cores from well PBF10. The second track shows the 
two permeability well logs given in Figure 17.  The cores with vuggy porosity in 
the 1030-1040 foot (314-317 m) interval correlate with the high-permeability log.
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Figure 23. (a) Crossplot of P-wave velocity versus porosity. (b) Crossplot 
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Figure 24. (a) Crossplot of P-wave velocity versus bulk density. (b) Crossplot 
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Figure 26. (a) Crossplot of horizontal permeability and porosity. (b) Crossplot 
of vertical permeability and porosity.
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Figure 27. Crossplot of Vp/Vs ratio versus Vp.
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Figure 28. (a) Crossplot of Vp versus horizontal/vertical permeability. 
(b) Crossplot of Vs versus horizontal/vertical permeability.
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Figure 29. Impedance calculated from crosswell reflection data using a well log 
model blocked to 2-ms time resolution.  The high permeability, high porosity 
flow unit is visible as a low impedance image near 1100 feet (335 m).
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Figure 30. Crossplots of permeability and porosity versus impedance based 
on P-wave velocity and density logs from well PBF10.
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Figure 31.  Permeability and porosity fields for the interwell region computed by 
correlating permeability and porosity well logs with crosswell impedance in the 
PBF-10 well.  The red overlain lines show the corresponding well log profile.
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(a) (b)

Figure 32. (a) Textural overview of highly porous grainstone or packstone. Well-
preserved carbonate grains include abundant forams, green and red algal 
fragments, and echinoderm debris.  Also present is a minor amount of interstitial 
carbonate mud.  Grains are loosely compacted and cemented, and magenta epoxy 
highlights pervasive interparticle and dissolution-related porosity.  Scale bar = 1.0 
mm.  Plane-polarized light. (20')  (b) Detailed view of the carbonate framework 
reveals loosely compacted skeletal grains and well-developed interparticle 
porosity. Primary and secondary calcite takes the form of finely crystalline 
microspar, microcrystalline micrite, and coarse single crystals (echinoderms).  
Weak cementation is provided by grain-coating microspar and minor interstitial 
micrite.  Scale bar = 0.2 mm.  Plane-polarized light. (100').
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Figure 33. Pore size distribution based on SEM and OM images of a full diameter 
core at a depth of 1125 feet (343 m).
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2.3 Estimating Scattering Attenuation from Vugs or Karsts 

2.3.1 Introduction 
 Carbonate rocks are also difficult to characterize because they frequently have strong 
variations in elastic properties.  More effort is needed to understand the relationship between 
seismic properties and the pore structure of heterogeneous carbonate rocks.  Recently, 
attenuation as a seismic attribute has received renewed interest in geophysical reservoir 
characterization.  This approach includes methods of extracting attenuation information from 
seismic or borehole data (e.g., Sun et al., 2000; Hicks and Pratt, 2001; Dasios et al., 2001) as 
well as methods of predicting attenuation signatures from layering or petrophysics (e.g., Hackert 
and Parra, 2000; Carcione, 2001; Parra and Hackert, 2002).  Scattering is a potentially significant 
contributor to attenuation in seismic surveys or sonic logging.  When the scattering object is a 
hollow gas- or liquid-filled cavity, such as a vug or karst in a carbonate formation, the scattering 
attenuation can be quite large.  This section contributes toward an understanding of the 
attenuation characteristic associated with vugs or karsts in carbonate formations. 

Seismic imaging in karst formations is well known to be problematic, although this is not 
extensively treated in the literature.  The primary problems are decoherence of reflections from 
below the karst formation and, for near-surface karsts, highly variable statics (Pritchett, 1990).  
For deeper karst formations, reflection amplitudes can be highly variable even when the host 
rock is known to be very homogeneous (Mendes et al., 1990).  The decoherence of waves 
traveling through the karst zone can be regarded as a form of scattering attenuation, since it 
results from reflection and scattering of seismic waves from karsts.  Scattering attenuation theory 
would suggest that attenuation effects are largest when the cavity size is comparable to the 
wavelength, so similar effects occur with smaller cavities at VSP, crosswell, and sonic logging 
frequencies.  At the ultrasonic frequencies used in core studies, large moldic pores or vugs cause 
this scattering.  It is difficult to model actual karst formations because the true 3D structure of the 
cavities is rarely known.  Through scale modeling, however, the interaction of seismic waves 
with karsts will be identical to the interaction of ultrasonic waves with vugs.  The latter is a more 
tractable problem, since vug structures in cores can be determined exactly with modern imaging 
technology. 

 We begin with 3D x-ray CT images of the vug structures of two carbonate cores from the 
Florida aquifer system.  Using the CT data, we construct a 3D model of each core and simulate 
elastic wave propagation to measure the effects of the vugs on the transmitted wave. The validity 
of the wave simulation as a model of the behavior in the physical core is checked by comparing 
the characteristics of simulated waveforms in saturated and dry cores to those of experimental 
waveforms in the time-frequency domain.  We also use the CT data to create a statistical 
description of the length scales and degree of variability in each core.  This, in turn, is used with 
stochastic perturbation theory to estimate the frequency-dependent attenuation on a statistical 
basis.  Results show that the vugs cause highly frequency-dependent attenuation comparable to 
that predicted by small-perturbation theories, as long as the vug density is not too high. 

2.3.2 Theoretical Basis  
Several theories for acoustic and elastic wave propagation in randomly varying media 

have been derived.  All are based on statistics describing the magnitudes and length scales of the 
random fluctuations.  Most theories incorporate these statistical measures in the form of the 
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autocorrelation function or its Fourier transform, the spectral density function.  For a statistically 
stationary medium, in which the character of the random variations does not change from one 
part to another, the normalized autocorrelation function is given as a function of the “lag” vector 
b between two points by 

( ) ( ) ( )( ) 22 /)( σrVbrVrVbC rrrrr
−+=        (14) 

where the average is over all locations rr , and σ 2 is the variance in the velocity.  The 3D Fourier 
transform of C(b) is the spectral density function S(k).  If the character of the random variability 
is isotropic, then each function depends only on the magnitude of the argument. 

The most common autocorrelation function for geophysical properties is the exponential 
autocorrelation function, C(b) = exp(-b/a), where a is the correlation length of the random 
medium.  The presence of discontinuities or sharp transitions in a random medium, such as those 
at layer interfaces or between rock and vug, requires that the autocorrelation have a negative 
slope at b = 0.  Thus, the Gaussian autocorrelation function, C(b) = exp(-b2/a2), is not appropriate 
for such media.  The autocorrelations of well logs are generally best fit by an exponential 
function, or by the sum of two exponential functions (White et al., 1990).  The spectral density of 
the exponential autocorrelation function in 3D media is 
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One of the more commonly used small perturbation theories of acoustic scattering is the 
single-scattering model (see the summary in Frenje and Juhlin, 2000), or the traveltime corrected 
Born approximation (Sato and Fehler, 1998), which appear to be equivalent.  In this model, the Q 
corresponding to a given 3D statistical medium is  
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or, with an exponential autocorrelation function, 
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where σ 2 is the variance in the P-velocity, k = 2π f/VP is the wavenumber of the P wave, a is the 
length scale associated with that variance, and θmin is a minimum scattering angle usually chosen 
to be 30 degrees.  Q is the scattering quality factor, resulting in an amplitude decay with distance 
L as exp(-kL/2Q).  The concept underlying θmin is that energy scattered into the forward direction 
is not really lost to the propagating wave, and so should not be counted as attenuation.  For 
ka < 1, θmin has little effect on attenuation.  For ka > 1, forward scattering dominates and larger 
values of θmin result in decreasing attenuation.   

 Another recently proposed theory for small-perturbation acoustic scattering is presented 
in Müller and Shapiro (2001) and Müller et al. (2002).  This model, which uses the Rytov-
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Bourret approximation to obtain the self-averaged wavefield, has the advantage of explicitly 
including the distance the wave propagates in the random medium (L) as one of the model 
parameters.  The single-scattering theory, and most others, assumes that the propagation length is 
long enough that the observed wave experiences the full range of variability in the medium (L 
>> a).  The attenuation given by Müller et al. (2002) for a 3D random medium is 
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where H is the Heaviside step function (equal to one if the argument is positive, zero otherwise). 

 A comparison of the single-scattering theory results and the Rytov-Bourret 
approximation results is given in Figure 34 for an exponential autocorrelation function.  The 
predicted attenuation is the same for both models in the range of ka < 1, except for very low 
frequencies and small values of L/a.  In the limit as L/a → ∞ (which is an underlying assumption 
of the single scattering theory), the Rytov-Bourret result is the same as the single-scattering 
result, with θmin → 0 for all frequencies.  At moderate propagation distances, the Rytov-Bourret 
attenuation also begins to fall off at high frequencies, although in a different manner than the 
single scattering theory with θmin > 0.  It should be noted that an elastic (instead of acoustic) 
version of the traveltime-corrected Born approximation scattering theory has also been derived 
(Sato and Fehler, 1998).  This does not introduce a significant amount of additional attenuation 
for incident P waves, but would be useful in cases where it is necessary to know the partitioning 
of scattered energy (P to P, P to S, S to P, S to S). 

2.3.3 Experiments and Modeling 
Experimental compressional and shear velocities were obtained in each core under dry 

and saturated conditions.  The full waveform was recorded at a sample rate of 100 MHz for each 
measurement, and the center frequency of the source waveform was approximately 250 kHz.  
The CT scan yields a detailed 3D map of the approximate density of each core, with a resolution 
of about 0.25 mm horizontally and 2 mm vertically.  The vug structure determined from the CT 
image corresponds well to visible cavities in a photograph of the core (Figure 3).  Assuming that 
the grains in the core are entirely carbonate (grain density 2.7 g/cm3), we can compute the 
porosity of each CT pixel directly.  A summary of the core properties derived from CT imaging 
is presented in Table 5, along with some properties derived from conventional measurements.  
We compute the elastic properties for each pixel based on a statistical correlation with density.  
Higher densities imply harder and more rigid rock, and thus higher Vp values.  The equation 
used is VP = 3000 ρ - 2700, where VP is in m/s and density is in g/cm3.  VS is arbitrarily assumed 
to be equal to 0.5 VP.  We are only concerned here with the compressional wave, so the influence 
of the exact value of VS is small.  We model the experimental apparatus by steel end-caps and a 
surrounding oil bath, qualitatively similar to the 2-D core model of Hokstad et al., 2000.   
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Table 5.  Measured and Derived Core Properties 

 
Property Core #7 Core #41 
CT computed vuggy porosity (%) 4.5 13.4 
CT computed matrix porosity (%) 11.6 20.9 
CT computed total porosity (%) 15.6 31.5 
measured total porosity (%) 16.6 32.1 
CT computed dry density (g/cm3) 
   standard deviation  (g/cm3) 

2.28 
0.53 

1.87 
0.76 

measured dry density (g/cm3) 2.20 1.85 
CT computed saturated density  (g/cm3) 
   standard deviation  (g/cm3) 

2.44 
0.34 

2.18 
0.48 

measured saturated density  (g/cm3) 2.42 2.17 
length (mm) 92 102 
dry P-velocity (km/s) 4.25 3.97 
saturated P-velocity (km/s) 4.52 4.36 

 
 
The 3D elastic property map is fed into a viscoelastic 3D finite-difference simulation 

program. The finite-difference program uses a staggered grid, with normal stresses at the cell 
centers, displacements and densities defined at cell faces, and shear stresses at cell corners.  
Densities and inverse shear moduli are averaged over adjoining cells to maintain correct physical 
behavior. The solution method is fourth order in space and second order in time. Absorbing 
boundary conditions are established using the 2nd order method of Higdon (1991). The horizontal 
grid spacing is 0.25 mm with a vertical grid spacing of 0.33 mm.  The time step is 20.8 ns.  A 
Ricker wavelet is used as the source, with a center frequency of 250 kHz.  This yields 18 grids 
per shortest P wavelength at the center frequency in the vertical direction or 24 in the horizontal 
directions.  The grid size is 299 x 299 x 378 for core #7 and 300 x 300 x 408 for core #41. 

We add a small amount of viscoelasticity, with maximum viscoelastic attenuation of 
Q=100 at 500 kHz.  Viscoelasticity is implemented in a manner similar to Carcione (1995).  The 
viscoelasticity appears to suppress or delay observed instability from high frequency oscillation 
near the free surfaces in the vug cavities, but is significantly smaller than the scattering 
attenuation produced by the vugs.  An apparently more robust approach for handling this 
instability was recently published by Saenger et al. (2000), but we have not had time to 
implement this scheme.  Our 3D finite-difference program runs in parallel on a network of 
workstations using the PVM library (Geist et al., 1994).  Frenje and Juhlin (2000) and Bohlen et 
al. (2001) have recently used parallel finite-difference calculations to examine scattering 
attenuation for the acoustic and elastic cases in smoothly varying 3D random media, and found a 
reasonable correspondence with small-perturbation theory. 

 We perform elastic wave simulation for each core with three separate cases.  The first 
case, used for a baseline result, uses an equivalent homogeneous model core.  This homogeneous 
core has the same density and elastic properties as the average of the saturated vuggy core, but is 
completely uniform.  The second case is based on the vuggy CT image and assumes the core is 
fully water saturated.  The final case is also based on the vuggy CT image and assumes the core 
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is dry.  For each case, a P wave is initialized in the upper steel end-cap and propagates to a 
receiver in the lower steel end-cap.  

2.3.4 Results 
 The density structures based on CT data for each 3D model are shown in Figure 35.  The 
surrounding oil bath is blanked to facilitate the view of the core. Core #41 had twice the diameter 
of core #7, and it was not possible to simulate the full diameter core with the computing 
resources then available.  Thus, only a block from the middle section of core #41 was simulated.   

 Comparing the simulated cores, we found that the peak amplitude of the wave in the 
saturated heterogeneous core #7 was 10% of that from the saturated homogeneous core, while 
the peak amplitude in the dry heterogeneous core was only 1.4% of that from the saturated 
homogeneous core.  Similarly, in core #41 the peak amplitudes in the saturated and dry 
heterogeneous models were 0.35% and 0.020% of the saturated homogeneous core amplitude, 
respectively. The amplitude reduction from saturated to dry was not uniform in frequency, 
however.  We observed that high frequencies were relatively less attenuated than low frequencies 
in the dry cores in both experiment and simulation. This is demonstrated in Figure 36, in which 
energy in a band near 350 kHz is plotted as a function of time using the short-time Fourier 
transform (Cohen, 1989). The dry core wave amplitudes are normalized, so their peak amplitude 
matches the peak amplitude of the saturated core wave.  Comparing the left side plots against the 
right side plots, the experiments and simulations show generally similar behavior. An exact 
match with the experiment should not be expected because of unavoidable differences in source 
waveform and core orientation, as well as uncertainty in some experimental parameters. 

 The effects of the vugs on the passing wavefront can be seen more explicitly in Figure 
37.  Figure 37a shows simulated vertical displacement in the homogeneous core model for core 
#41 at a time of 20.8 µs.  This is a very clean image, and different components of the wavefield 
can immediately be recognized.  Figure 37b shows vertical displacement in the simulated vuggy 
saturated core.  In the second image, the wavefront is obviously disrupted by the vugs and is 
significantly reduced in amplitude.  At the same time, the wave in the simulated vuggy core is 
slightly faster, as portions of the wave travel along narrow high-velocity channels. 

 To compute the expected attenuation from stochastic medium theory, we needed the 
variance and the spectral density function of the properties in each core.  We computed these 
directly from the 3D density map derived from the CT scan.  We computed the normalized 
autocorrelation along each of the three principal axes independently, and then together.  In both 
cores, there was very little difference between the autocorrelation functions in the x and y 
directions, but in core #41 the z axis autocorrelation had a slightly longer length scale than its 
horizontal counterparts.  (For purposes of this report, we feel that this anisotropy can be 
neglected.)  As can be seen in Figure 38, the isotropic autocorrelation had a strongly exponential 
behavior.  We found that the best fit could be obtained with a double exponential:  

 C(b) = 0.95 exp(-b/2.6) + 0.05 exp(-b/30.) for core #7, and  

 C(b) = 0.65 exp(-b/2.5) + 0.35 exp(-b/13.5) for core #41. 

 The presence of two terms in the autocorrelation function does not create any problems 
with the use of the stochastic medium theories.  Both the single-scattering theory and the Rytov-
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Bourret theory depend linearly on the spectral density function, which is in turn the Fourier 
transform of the autocorrelation function.  As Hackert and Parra (2000) point out, since all 
operations are linear, the attenuation from a random medium with two length scales is the 
appropriately weighted sum of the attenuation from each length scale independently. 

 The magnitude of the attenuation can be quantified in terms of the attenuation coefficient, 
 α, which is measured in units of inverse distance.  In this model, the amplitude in the wave 
decreases as exp(- αL), where L is the propagation distance.  The attenuation parameters α and Q 
are each frequency dependent, and are related by   

 
k

kQ α2)(1 =−           (19) 

where k is the P wavenumber.  We choose to use α here because the attenuation at lower 
frequencies is dominated by reflections from the core ends, and the 1/k term in equation (19) 
exaggerates the effect.  The frequency-dependent attenuation due to the vugs is determined using 
a modified spectral ratio method (e.g., Ganley and Kanasewich, 1980), by comparing the 
simulated saturated and dry vuggy core responses to the simulated homogeneous core response.  
In this modified method, we find the attenuation not by comparing amplitudes over varying 
propagation lengths, but rather by comparing amplitudes between the simulated uniform and 
heterogeneous cores.  Since the source/receiver configuration remains the same, any decrease in 
amplitude must be solely the result of heterogeneity in the core.  These results are shown in 
Figure 39, and also compared with the predictions of the Rytov-Bourret stochastic perturbation 
theory of equation (18).  As expected, the attenuation is quite large, in the saturated cases 
reaching an equivalent Q of around 15 for core #7 and a Q of 8 for core #41 near 250 kHz.  If 
these vugs had been karsts 1000 times as large, then the same graph would show attenuation at 
seismic frequencies with α in units of m-1 and frequency in Hz. 

The perturbation theory is successful in predicting the general frequency-dependence and 
rough order of magnitude of the transmission loss.  We do not expect an exact fit with the theory 
because we are dealing with a single realization of a random medium, while the theories predict 
average results.  Also, the vugs in these cores violate the small perturbation assumption, 
especially in the dry cores where σ  is 0.23 in core #7 and 0.41 in core #41.  The fit is better for 
core #7, which has fewer vugs than core #41.  It is also better for the saturated cases in both 
cores, where the impedance contrast between vug and rock is less than that between rock and air.   

2.3.5 Conclusions 
We have demonstrated that a 3D simulation of elastic wave propagation in vuggy cores 

can capture (at least qualitatively) the observed experimental behavior, including relative 
amplitude in specific frequency bands.  The vugs strongly attenuate the ultrasonic wave, 
probably leading to strong dispersion between the ultrasonic core measurement frequencies and 
the frequencies of sonic logging or surface seismic.  In fact, at this site, the measured core P-
wave velocities are typically 30% higher than the sonic log velocities.  The presence of larger-
scale cavities in the centimeter to meter size (karsts) would lead to similar attenuation and 
dispersion in the sonic logging and seismic frequency range.  The degree of attenuation 
measured in the simulated cores is fairly consistent with that predicted by stochastic scattering 
theory, both in magnitude and frequency dependence.  The strong heterogeneity in the cores 
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(especially the dry cores with air-filled vugs) leads to large fluctuations in the effective 
attenuation, allowing certain frequencies to come through with higher amplitude.  We attribute 
this to random variability due to the particular distribution of vugs and vug sizes.   

Because of the heterogeneous characteristics of carbonate rocks, in particular the 
presence of karsts and fractures, understanding the seismic or sonic logging signal associated 
with these heterogeneities can assist the reservoir geophysicist.  The attenuation attribute is 
particularly sensitive to the presence of fractures and cavities in carbonate rock.  If this type of 
signal can be recognized in the seismic data set then a better characterization of the reservoir can 
be accomplished by the interpreter.  Understanding the scattering attenuation caused by large-
scale cavities will help in the design of specific borehole or seismic surveys to image 
heterogeneous carbonate reservoirs, and will help in interpretation of existing data as well. 
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Figure 34. Comparison of predicted frequency-dependent attenuation resulting from 
single-scattering theory (SS) with various minimum integration angles, and the
Rytov-Bourret approximation theory (RB) of Müller and Shapiro (2001) with 
propagation lengths L.  An exponential autocorrelation function with correlation 
length a is used in each method.
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Figure 35. Cutaway view of 3-D models based on CT images of each rock core.
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Figure 36. Relative energy in the 350-370 kHz band as a function of time based on moving 
window Fourier transform for simulation and experiment in each core.  The saturated core 
result is a solid line, while the dry core result is a dashed line.  Amplitudes are expressed in 
dB and normalized so that the peak amplitude in each dry core (located near 200 kHz) 
matches the peak amplitude in the saturated core.  The energy is plotted in dB relative to the 
peak energy in this band of the saturated cores.  The simulations generally match the 
experimental results and correctly predict an increase in the relative amplitude of high 
frequency energy in dry cores as compared to saturated cores.
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Figure 37. Slice of z-displacement at a time of 20.8 µs in core #41 saturated models for 
upward propagating waves: (a) homogeneous core model, (b) vuggy core model. Red 
indicates positive vertical displacement; blue indicates negative vertical displacement. 
Amplitudes in (b) have been increased by a factor of five to make the wave more visible.
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Figure 38. Normalized autocorrelation functions of the density maps derived from the CT 
scan of each core.  The autocorrelation was determined along each of the x, y, and z axes; 
then averaged to produce an isotropic autocorrelation function. Squares denote computed 
autocorrelations for each core, while lines denote the best double-exponential fit to the 
data.  The fits are C(b) = 0.95 exp(-b/2.6) + 0.05 exp(-b/30.) for core #7 and C(b) = 0.65 
exp(-b/2.5) + 0.35 exp(-b/13.5) for core #4.
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Figure 39. Attenuation caused by vugs in saturated (solid line) and dry (dashed line) 
simulations.  In each plot, dotted lines show predicted scattering attenuation based on 
stochastic perturbation theory.  The lower dotted lines are for saturated cases and the 
upper dotted lines are for dry cases.
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2.4 Simulating NMR Magnetization Diffusion in a Real Carbonate Pore System  

2.4.1 Introduction 
 Nuclear magnetic resonance (NMR) well logging is frequently used to estimate formation 
permeability.  In a standard process, the NMR logging tool will polarize the hydrogen nuclei in 
the formation fluid to a given level of magnetization, and then measure the decay of that 
magnetization as a function of time (Kenyon, 1997).  Assuming negligible influence of the 
magnetic field gradient, which can be achieved by short echo time spacing, fluid magnetization 
decays from two primary causes: internal collisions with other fluid molecules, and external 
collisions with the rock matrix.  Estimates of the time scales governing the decay rates are 
obtained through inverting the decay curve, providing a spectrum or distribution of porosity 
associated with different transverse magnetization decay times, T2.   

 Classic NMR pore size analysis states that, for cylindrical pores, pore radius r is related 
to T2 through the equation 
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where T2 is the relaxation time associated with a particular pore radius, ρ is the surface 
relaxivity, and T2b is the bulk relaxation time of the pore-filling fluid. Equation (20) is the basis 
for predicting permeability from NMR; longer T2 times are associated with larger, more 
permeable pores.  This relationship, however, does not always hold true because it assumes 
smooth-walled, isolated cylindrical pores.  Permeability estimation in NMR has been somewhat 
successful in sandstones, but often breaks down or requires extensive recalibration in carbonates. 

 In their recent paper, Ramakrishnan et al. (1999), demonstrate the importance of 
considering diffusion of magnetization between large and small pores when attempting to relate 
the pore-size distribution to the T2 distribution from NMR analysis.  The classic assumption in 
analyzing T2 spectra is that the magnetization decay time constant (T2) in a given pore is 
proportional to the pore size.  Implicit in this idea is the assumption that the pore wall is solid 
and smooth.  In fact, large pores are often connected to a microporous matrix with a high 
surface-to-volume ratio.  This allows magnetization from the large pore to diffuse into the small 
pore-size matrix where it quickly decays.  Conversely, magnetization from micropores can also 
diffuse into the macropores, where it will be longer lived.  The overall effect is that large pores 
produce shorter T2 decay times than would be predicted by equation (20), while the T2 decay 
times associated with the micropores are increased slightly.  This phenomenon is important 
because it is often the larger pores that are most closely associated with permeability, as recently 
demonstrated by Hatfield and Garnham (2001).  The issues of which porosity and bound fluid 
models should be incorporated into NMR permeability estimates remain subjects of investigation 
(e.g., Zhang et al., 2001). 

 In this work, we apply the magnetization dynamic equations in two dimensions to real 
pore geometries observed in thin-section analysis.  The diffusive coupling between large and 
small pores explains the actual T2 distribution observed in well log and core data.  This provides 
a significant improvement over equation (20) in relating T2 spectra to pore-size histograms.  Our 
simulations are based on core samples and well logs from the Florida carbonate aquifer system. 
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2.4.2 Method 
 We begin with a 2D image of the macropore space obtained by digitizing an optical 
microscope image of a thin section and separating the visible pore space from the grains.  Similar 
analysis of SEM images yields the porosity of the microporous matrix.  Our image analysis uses 
the technique described by Anselmetti et al. (1998).  The expected T2 decay time of fluid in the 
microporous matrix is taken as the peak in the short-time well log T2 decay spectrum, and the 
surface relaxivity is obtained by fitting the pore-size distribution to the NMR well log T2 
distribution.  At the beginning of the simulation, all of the fluid in the macro and micropores is 
set to an initial magnetization of Mo. 

We compute the decay of the magnetization by applying the magnetization diffusion 
equations from Ramakrishnan et al. (1999) in two dimensions.  The governing field equation for 
the magnetization M in the microporous matrix is 
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where D is the diffusion coefficient for magnetization in the bulk fluid, F is the formation factor 
of the local medium, φ is the matrix porosity, T2m is the T2 decay time in the matrix, and T2b is the 
fluid bulk relaxation time.  In the macropores, equation (21) is simplified by setting F = 1, φ  = 1, 
and 1/T2m = 0.  There is a gradient discontinuity boundary condition between the macropore 
magnetization and the matrix micropore magnetization to account for the decay of magnetization 
at the macropore walls.  This can be expressed as 

 ( )φρ −+∇⋅=∇⋅ 1ˆˆ pmp MMn
F
DMnD ,       (22) 

where Mp is the macropore magnetization, Mm is the micropore magnetization, and n̂  is a unit 
vector pointing normal to the macropore wall into the pore. 

These equations are solved in a 2-D finite volume formulation (Patankar, 1980).  The 
finite-volume formulation is closely related to finite difference, but assumes that properties are 
piecewise constant over discrete cells, and it is explicitly mass conserving.  The finite-volume 
cell is taken as one pixel from the digital thin-section image, and it is assigned properties as 
either part of a macropore or part of the microporous matrix.  The microporous matrix is 
assumed to be uniform.  The solver uses an Alternating Direction Implicit (ADI) method 
(Fletcher, 1991) for each time step.  Summing the product of the magnetization and the porosity 
over each grid cell at each time step creates the magnetization echo decay curve.  In the finite 
volume formulation, the gradient boundary condition [equation (22)] is handled by introducing 
an extra sink term to account for magnetization relaxation at the macropore walls.  This sink 
term applies to cells within a macropore, but bordering the microporous matrix.  For a square 
2-D finite volume macropore cell with N adjacent matrix cells, the volume rate of magnetization 
relaxation due to wall contact is  

 ( ) ( )
x

NM
x

xNM
t

M
∆

−=
∆

∆
−=

∂
∂ φρφρ 11 2

,             (23) 



 79

where ∆x is the length of the finite-volume side.  Simulation parameters are given in Table 6, and 
are based on actual core measurements where possible.  Other required parameters are set to 
values typical for carbonates and formation brine (F = 25, D = 2.5 x 10-9 m2/s, T2b = 2000 ms). 

 

Table 6.  Model Parameters for Magnetization Decay Simulations 

 Core #4 Core #6 Core #7 Core #8 Core #32 Core #41 Core #49 
Grid cell size (µm) 5.4 5.4 4.4 5.4 5.4 2.2 5.4 
T2b (ms) 2000 2000 2000 2000 2000 2000 2000 
T2m (ms) 40 40 40 40 128 128 70 
Relaxivity (µm/s) 4 5 5 4 1 1.5 3.5 
Matrix porosity (%) 10 11 12 8 10 18 10 
Diffusivity (m2/s) 2.5 x 10-9 2.5 x 10-9 2.5 x 10-9 2.5 x 10-9 2.5 x 10-9 2.5 x 10-9 2.5 x 10-9 

Formation factor (-) 25 25 25 25 25 25 25 
 

Our magnetization diffusion program returns the total magnetization decay rather than 
the T2 spectrum directly.  Accordingly, we must invert the decay curve to obtain the 
corresponding T2 distribution.  We use the method of Kenyon (1997), summarized below.  The 
magnetization decay, )(tM , is given by 

 ∫∫= dxdytyxMyxtM ),,(),()( φ .       (24) 

The T2 spectrum is related to the decay curve by 
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where the T2i are discrete T2 values.  Here, the coefficients Ai are found by minimizing the 
objective function 
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where the decay curve is known at discrete times tj.  This is a least-square residual with a 
regularization term to smooth the distribution.   

 To validate the magnetization simulation and inversion process, we simulated a variety of 
test cases, including all fluid (magnetization decays only at the bulk rate, 1/T2b), all microporous 
matrix (magnetization decays only at the micropore rate, 1/T2m), and single macropores of known 
size in a solid non-porous matrix [magnetization decays at the rate given by equation (20)].  In 
all cases the resulting T2 spectra were as expected. 

2.4.3 Results 
 Figure 40 shows a typical carbonate sample (from core #41) from the Florida aquifer.  
This image is from a thin section using a 40x magnification OM.  The digital image has been 
edited so that visible macropores are black and rock matrix is white.  The pore-size distribution 
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can be determined from image analysis of optical and scanning electron microscopy (Anselmetti 
et al., 1998).  Once the pore-size distribution is known, the surface relaxivity constant ρ  can be 
estimated by fitting the pore-size distribution to the T2 distribution.  This is feasible because there 
is a sharply defined peak in both the observed pore-size distribution and the T2 distribution, and 
also the T2 time of the peak is significantly less than the bulk relaxation time.  For example, a 
relaxivity of 1.5 µm/s leads to a good fit between the pore-size distribution and the short-time T2 
distribution in core #41 (Figure 41).  Much of the porosity in core #41 is in moldic macropores.  
Magnetization in these large pores would normally be expected to decay at the bulk fluid rate 
because of the low surface relaxivity in these carbonates.  Diffusion coupling of magnetization 
between the macropores and the microporous matrix, however, presents a pathway for rapid 
decay of magnetization in the macropores as described in Ramakrishnan et al. (1999). 

 The effects of the diffusion coupling are shown in Figure 42.  Here, we simulate the 
decay of NMR magnetization with diffusion allowed and disallowed between macro and 
micropores.  Internal diffusion in macropores and in the microporous matrix is always allowed.  
Figures 42(a-c) show the spatial distribution of magnetization, the T2 echo decay curve, and the 
corresponding T2 distribution for the case of including diffusion coupling.  Figures 42(d-f) show 
the same data for the case of no diffusion coupling. The difference is significant. Magnetization 
decay at the macropore walls is negligible compared to the rate of decay in the microporous 
matrix.  The resulting high gradient in magnetization leads to a strong flux of magnetization into 
the matrix where it promptly decays.  By Fick’s Law (Incropera and DeWitt, 1990), the diffusive 
flux of a species is proportional to the gradient in concentration.  This shifts the T2 decay time in 
the smaller macropores from the bulk decay time, T2b, to a value only slightly longer than the 
matrix decay time, T2m. 

 The detailed effect of coupling on the magnetization profiles can be seen by extracting a 
line from each 2-D field.  Figure 43 shows a linear magnetization profile for uncoupled and 
coupled cases for three times.  The profile is extracted from Figure 42 at y = 100 µm and crosses 
three small macropores.  In the coupled case, magnetization from the macropores clearly diffuses 
into the matrix over a distance as much as 20 µm before it ultimately decays to the background 
level.  In the uncoupled case, very little magnetization decays at the wall because of the low 
surface-area/volume ratio and low surface relaxivity of carbonates.  Thus, the magnetization 
gradient in the macropore is small, and diffusion does not play a major role.  In Figure 43, the 
shoulder in the coupled magnetization near x = 630 µm is from a macropore located slightly 
away from the line in the y-direction.  Thus, it does not appear on the uncoupled profiles. 

 From these results it is apparent that diffusion coupling is strongest in the smaller 
macropores.  If a macropore is too large, the gradient-driven magnetization diffusion does not 
have time to penetrate into the macropore body before the magnetization decays by bulk 
relaxation.  The critical size for a macropore to be strongly affected by diffusion can be 
estimated by dimensional analysis. [The exact solution to the case of a diffusion wave 
propagating inward from the pore walls is complex, even for cylindrical or spherical pores 
(Incropera and DeWitt, 1990).]  Using the approximate relation D = r2/t, we can estimate the 
order of magnitude of the critical pore radius as rc = (D T2b)1/2.  For the values used in the 
simulations presented here (Table 6), this yields a critical pore radius of 71 µm.  Such a value is 
entirely consistent with observations of Figure 42, where pores larger than approximately 71 µm 
in radius have a substantial amount of pore fluid decaying at the bulk relaxation rate.  
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Magnetization in smaller pores appears to decay more quickly.  Dimensional analysis also 
provides a means of discriminating micropores from macropores in an NMR sense.  Micropores 
are those in which surface relaxation dominates over bulk relaxation, i.e., where r < 2 ρT2b.  This 
puts the cutoff between micropores and macropores in carbonates at a radius on the order of 
magnitude of 10 µm.  This is comparable to the pixel resolution of the optical microscope images 
and our simulation grid.  Thus, any visible porosity is properly a macropore, and sub-visible 
porosity is properly microporous. 

 We have optical and scanning electron microscope images available from seven cores 
from the Florida site.  Five of these cores also have T2 distributions from core plug NMR 
experiments.  Well log NMR T2 distributions are available throughout the formation.  Figure 44 
compares the coupled and decoupled simulation T2 spectra for these seven cores.  The first four 
cores come from a part of the formation where there are relatively few small macropores.  In 
these cases, the presence or absence of diffusion coupling does not significantly change the 
result.  The last three cores (including core #41) come from a more permeable region with a high 
degree of moldic porosity.  There are many small macropores in these cores, and diffusion 
coupling strongly affects the T2 spectra. 

 Comparing the coupled simulation T2 spectra to core plug and well log T2 spectra 
provides a test of how well the simulations match reality (Figure 45).  In almost every case, the 
simulated T2 spectrum matches the core plug NMR spectrum fairly well.  The worst matches 
between simulation and core response are in cores #4 and #8, in which the core T2 spectrum is 
fairly broad and flat, while the simulations show distinct peaks.  The T2 time of the peaks in the 
simulated response of these cores does match the locations of local maxima in the experimental 
spectrum, however.  The best matches between simulation and core NMR are in the last three 
cores, where diffusion coupling has a strong effect.  The relationship between the core plug and 
well log NMR responses is somewhat mixed.  The in-situ formation often contains large vugs, 
which are not present in the small core plugs.  This leads to a further increase in the well log T2 
spectrum amplitude at high values of T2 (100 – 1000 ms).  Taking this into account, there is a 
good correspondence between simulation, core plug, and well log NMR spectra.  The two cores 
without core plug NMR measurements (cores #7 and #41) have T2 spectra that match the well 
log response after the presence of vugs in the formation near core #7 is taken into account. 

 We can further validate the modeling technique by comparing the T2 spectra with 
petrophysical information.  Based on petrographic core analyses of 50 cores, the carbonate 
formation can be divided into five distinct facies groups.  (Only seven of the 50 cores have the 
imaging data needed for NMR modeling.)  Core samples #4, #6, and #7 belong to a group 
characterized by low porosity and low permeability, with isolated moldic porosity.  Large moldic 
pores appear in core #4, and to a lesser extent in core #7, thus increasing the local permeability.  
Core #8 belongs to a facies group with high permeability and high porosity, including connected 
moldic pores.  Core #32 is in a group characterized by high porosity and high permeability with 
well-connected vuggy and interparticle porosity.  The last two cores, #41 and #49, belong to a 
facies group with high porosity but moderate to low permeability with isolated moldic and 
interparticle porosity. Core #41, however, happens to contain interconnected moldic porosity and 
has a high permeability. 

 For the seven cores examined, permeability is poorly correlated with overall porosity or 
matrix microporosity.  It is, however, strongly correlated with porosity in pores larger than 40 
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µm in radius (Figure 46).  For this reason, the highest permeability cores (#4, #8, #32, and #41) 
tend to have a strong response at T2 greater than 1000 ms, as in Figure 45, although the varying 
relaxivity changes the T2 values at which large pores appear.  This validates the overall concept 
of using a free-fluid T2 cutoff in permeability calculations for carbonates.  The T2 cutoff should, 
however, vary with surface relaxivity and take diffusion effects into account.  In a similar result, 
Hatfield and Garnham (2001) found that visible image porosity (large pores) correlates better 
with permeability in sandstones than does total plug porosity. 

2.4.4 Conclusions 
 We have demonstrated the use of digital thin-section images to successfully simulate 
NMR T2 responses in carbonates, and how magnetization diffusion can affect the NMR T2 
spectrum of carbonate rocks by shifting the part of the T2 distribution associated with small 
macropores to smaller decay times.  The diffusion effect on T2 spectra will be strongest in rocks 
with a high degree of porosity in small macropores: pores too large for surface relaxation effects 
to dominate, and too small for bulk relaxation to dominate.  The exact range of pore sizes 
affected depends on the rock and fluid properties, but can be expressed as roughly spanning the 
range 2 ρT2b < r < (D T2b)1/2, where ρ is the surface relaxivity, D is the magnetization diffusion 
coefficient, T2b is the bulk magnetization decay time, and r is the pore radius.  The inclusion of 
this diffusion coupling leads to a close match between imaged pore-size distributions, simulated 
T2 spectra, and experimental core and well logs T2 spectra.  In fact, the coupling effect is slightly 
underestimated because the 2-D simulations described here do not allow diffusion in the vertical 
direction.  Including the third dimension would further increase the magnetization decay rate in 
macropores.  The simulated T2 spectra also are consistent with facies independently identified 
from a larger set of core samples.  Finally, some of the pores in the diffusion-dominated regime 
are among those most strongly correlated with permeability, making it important to understand 
how NMR tools perceive these pores.  Modeling techniques such as this could help interpreters 
understand the T2 spectra observed from well logs and core samples and create T2 cutoffs for 
permeability analysis appropriate to formation characteristics. 
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Figure 40. OM image of macropores in a carbonate sample (core #41).  Black indicates 
macropores, and white indicates microporous matrix.  Many macropores spanning a wide 
range of sizes are visible.
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Figure 41. (a) Pore radius distribution from image analysis based on OM and SEM of core 
#41.  (b) Comparison between the NMR well log T2 distribution near core #41 (dashed line) 
and r/2ρ values based on the pore-size distribution (solid line).  Relaxivity ρ is adjusted to 
best match the two curves at small T2.  Bulk relaxation moves the large pore radius “tail” of 
the distribution to shorter T2 times, filling in the gap between dashed and solid lines.  The 
well log T2 distribution porosity scale has been normalized to compensate for its coarser 
sampling so that the area under each curve represents an equivalent porosity.
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Figure 42. Effect of diffusion coupling between macropores and matrix on magnetization 
decay in core #41.  (a) Spatial distribution of magnetization at t=200 ms, including effects of 
diffusion coupling between macropores and microporous matrix.  Red indicates high 
magnetization and blue indicates low magnetization.  (b) Total magnetization decay over 
time, including diffusion coupling.  (c)  T2 distribution corresponding to (b).  (d) Spatial 
distribution of magnetization at t=200 ms, with no diffusion coupling.  (e) Total 
magnetization decay over time, with no diffusion coupling.  (f) T2 distribution corresponding 
to (e).  By including diffusion coupling, some macropore magnetization is moved into the 
matrix, where it rapidly decays. This shifts the macropore T2 peak away from the bulk 
relaxation time and merges it with the micropore T2 peak.
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Figure 43. Magnetization profiles from core #41 simulations (from Figure 3 at y=100 µm).  
The magnetization is set to a value of one at time t = 0, and the profile crosses three small 
macropores.  (a) coupled diffusion, t = 50 ms.  (b) coupled diffusion, t = 200 ms.  (c) coupled 
diffusion, t = 800 ms.  (d) uncoupled diffusion, t = 50 ms.  (e) uncoupled diffusion, t = 200 
ms.  (f) uncoupled diffusion, t = 800 ms.
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Figure 44. Comparison of T2 spectra for coupled and decoupled simulations for 
seven carbonate core samples.
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Figure 45. Comparison of T2 spectra for coupled simulations, core plug NMR 
response, and corresponding well log NMR response for seven cores.  Only five 
cores had available core NMR data.  The vertical axis is partial porosity per bin.



90

porosity with pore radius > 40 µm

co
re
pe
rm
ea
bi
lit
y
(m
d)

10-4 10-3 10-2 10-1
10-1

100

101

102

10

104

3

Figure 46. Crossplot of porosity in large pores (those with radii greater than 40 µm) 
and core permeability in the seven cores from the Florida aquifer system.  On this 
log-log scale, permeability is strongly correlated with the presence of large pores.
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3.0 TECHNOLOGY TRANSFER ACTIVITIES 
A home page for this project can be found on the Southwest Research Institute™ web site 

at http://www.reservoirgeophysics.swri.org.  The home page contains all three Annual Reports as 
pdf files. It also includes presentations and papers resulting from years one, two, and three. In 
Section 3.1 below, we refer to four papers published during the last year of the project, which 
illustrate how the methodology developed can be applied to the oil and gas industry. The 
complete manuscripts can be found in the Appendix.  Section 3.2 describes the extensive data 
sets collected during the course of the project, with selected examples included. 

3.1 Related Publications 
1. Calibrating well logs to VSP attributes: interval velocity and amplitude, published in 

The Leading Edge, January 2002. (This paper is based on data from the Siberia Ridge 
field.) 

2. A poroelastic model with azimuthal anisotropy to analyze flow unit responses at the 
Siberia Ridge field, Greater Green River Basin, published in Petrophysics, March-
April, 2002. 

3. Wave attenuation attributes as flow unit indicators, published in The Leading Edge, 
June 2002. (A previous version of this paper was named Best Poster Paper at the SEG 
2000 Annual Meeting. It incorporates data from Siberia Ridge, the South Florida 
aquifer, the Buena Vista Hills Reservoir, and the Ropes Cisco Canyon reef carbonate 
reservoir in Texas.) 

4. Characterization of fractured low Q zones at the Buena Vista Hills Reservoir, 
California, published in Geophysics, July-August, 2002. 

 
3.2 Project Data Sets 
 The work completed for this project was based on data sets from three locations: The 
Buena Vista Hills hydrocarbon reservoir near Bakersfield, California; the Siberia Ridge field in 
the Greater Green River Basin, Wyoming; and the Floridan Aquifer system in Palm Beach 
County, South Florida.  
  
3.2.1 Buena Vista Hills 
 Buena Vista Hills field data, provided by Chevron Production USA, includes: 

• Standard well logs (Vp, Vs, density, resistivity) 
• Core data (SP, porosity, permeability, oil saturation, water saturation) 
• Detailed lithological information 
• Tomographic velocity information 
• 3D tomographic data 
• Full Formation MicroImager (FMI) data (vertical and azimuthal coverage) 
• Full waveform crosswell data 
• Full waveform cross dipole sonic log data 
• Zero vertical offset waveforms 
 
Project work based on these data sets was reported in the form of three task reports, two 

annual reports, one final report, three related reports for the DOE, one poster, and two peer 
review papers.  The poster was titled  "An approach to predict elastic scattering and intrinsic 
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attenuation in turbidites at the Buena Vista Hills field, California," presented at the AAPG 1999 
Annual Meeting.  The peer review papers were "Analysis of Multi-scale Scattering and 
Poroelastic Attenuation in a Real Sedimentary Rock Sequence," published in the Journal of the 
Acoustical Society of America, 107, June 2000; and "Characterization of Dispersion, Attenuation, 
and Anisotropy at the Buena Vista Hills Field, California," published in Geophysics, vol. 66, Jan. 
2001. 

 
Figure 47 shows four different time-frequency plots of simulated borehole acoustic 

waves from the Buena Vista Hills reservoir. Simulated characteristics from an SwRI®-developed 
model were compared with those measured in the field to determine the extent of anisotropy and 
fractures near the borehole. 

 
3.2.2 Siberia Ridge 
 The Siberia Ridge data set was collected by Schlumberger Holditch-Reservoir 
Technologies, Inc., for the "Emerging Resources in the Greater Green River Basin" project. It 
includes: 

• Core data 
• NMR and standard well logs 
• Monopole/dipole sonic logs 
• Formation MicroImager data 
• Acoustic data 
• Vertical seismic profiles 
• Petrography 
 

 Data analysis from this site resulted in the publication of two peer review papers, "A 
Poroelastic Model with Azimuthal Anisotropy to Analyze Flow Unit Responses at the Siberia 
Ridge Field, Greater Green River Basin," published in Petrophysics, vol. 42, 2001; and 
"Characterization of Fractured Low Q Zones at the Buena Vista Hills Reservoir, California" 
published in Geophysics, vol. 67, 2002. We also presented two poster papers at the Society of 
Exploration Geophysicists 2000 Conference in Calgary titled, "Relating VSP with Well Logs in 
the Greater Green River Basin: Amplitude and Interval Velocity," and "A Model to Relate P-
Wave Attenuation to Fluid Flow in Fractured Tight Gas Sands, Siliceous Shales, and Carbonate 
Reservoirs." 
 
 Figure 48 shows a lithological column constructed from well logs used to model a zone 
between measured depths of approximately 10,600-11,100 feet (3232-3384 m) in the Siberia 
Ridge field. We selected a stack of 114 layers representing the Almond Formation, and we 
illustrated the lithological column, well logs, and core data as well as the processed NMR T2 
data.  Cores were taken from the relatively high porosity, high permeability sandstones slightly 
deeper than 10,600 feet (3232 m). The sequence and thickness of the model layers were 
determined by the lithology as interpreted from the well logs. 
 
3.2.3 South Florida Aquifer 
 The South Florida Water Management District contributed several types of data for this 
project. The Floridan Aquifer data set includes: 
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• Pore, core, and borehole scale data 
• CT images of selected samples 
• Detailed interwell imaging based on crosswell seismic measurements 
• CT tomography 
• Ultrasonic, NMR, and geotechnical core measurements 
• NMR, acoustic, and standard well logs 
• Sonic log data 
• Petrography 
• Thin sections 
 

 In addition to the four papers mentioned in Section 3.1, other examples of technology 
transfer during the third year of the project are: 

• "Acoustic and CT images to characterize vuggy carbonates in aquifers of South 
Florida," and "Frequency-dependent elastic wave propagation in dry and saturated 
vuggy carbonate cores: experiment and simulation," two presentations made at the 
2001 SEG Conference in San Antonio. 

• "Permeability and porosity images based on crosswell reflection seismic 
measurements of a vuggy carbonate aquifer at the Hillsboro site, South Florida," a 
poster presented at the 2002 Society of Exploration Geophysicists (SEG) Conference 
in Salt Lake City. 

• "Dynamic fluid pressure responses in vuggy carbonate aquifers," a presentation made 
at the Biot Conference in Grenoble, France, in August 2002. 

• "An integrated approach based on NMR/acoustic techniques to map permeability in 
carbonate aquifers: from the pore to field scales," a peer review paper published in a 
special Society of Exploration Geophysicists publication. 

 
 Figure 49 shows the results of a tomographic inversion for amplitude performed with a 
crosswell data set from the South Florida aquifer. The amplitude of received waveforms is 
dominated by guided waves in low velocity zones near 1010, 1040, and 1060-1100 feet (308, 
317, and 323-335 m).  In the amplitude inversion, this results in generally horizontal layers 
coinciding with the waveguides. Because most of the low velocity zones are also high porosity, 
high permeability zones, the waveguides are strongly correlated to permeability. 
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Figure 47. Time-frequency plots of simulated borehole acoustic waves from the Buena 
Vista Hills reservoir. Simulated characteristics from an SwRI®-developed model were 
compared with those measured in the field to determine the extent of anisotropy and 
fractures near the borehole.
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Figure 48. Lithological column, well logs, and core data from the Siberia Ridge 
field. The final track shows the processed NMR T2 data. Red indicates a high 
concentration of pores with that T2 value, while blue indicates a low concentration.
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Figure 49. Amplitude tomography (right) shows waveguide zones in red and green. 
These correlate well with low velocity zones visible in the well log, which are often 
related to high permeability flow units.
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4.0 CONCLUSIONS 
 

(1)   Excellent correlations between P-wave velocity and permeability at the borehole 
scale suggest that velocity tomography images can be converted to permeability and porosity 
images at the interwell scale. The same correlation was obtained at the core scale. That is, the 
velocity variation in the carbonate rock formation is inversely proportional to porosity. The 
correlations between velocity and porosity at the core and the borehole scales provide 
information into how high resolution crosswell seismic data can capture changes in velocity that 
are related to porosity changes in the formation.         
      

(2)  The permeability image based on velocity tomography delineated three flow units in 
the 100-m interwell region of the South Florida aquifer. The upper flow units are, thin 
continuous, connected beds less than or equal to 3 m thick. The deeper flow unit of about 18 m 
thick is more heterogeneous that the upper two flow units.     
 

(3)  NMR data analysis suggests that NMR full diameter core measurements provide 
more representative permeability data than measurements from plugs for the NMR well 
calibration. 
 

(4)  Although NMR well log calibration based on plugs apparently underestimates the 
true permeability of the vuggy formation, relative permeability based on core plugs correlates 
with lithology in the region between 305 and 366 m.  
 

(5)  NMR and acoustic techniques, supported by core analysis, can be used to 
characterize vuggy carbonate formations at the pore and borehole scales, and the integration of 
well logs with velocity tomography can be a practical approach for mapping flow units in the 
carbonate aquifer of the Ocala Limestone formation in South Florida. 
 

(6)  Impedance images based on reflection tomography and well log data produced 
porosity and permeability images at the field scale. These high resolution images delineate lateral 
heterogeneous discontinuous flow units, which are directly related to vuggy porosity. The images 
also delineate continuous, less permeable flow units related to the rock matrix macropores. These 
are the flow units that carry most of the flow in the interwell region of the confining aquifer. 
 

(7)  We delineated a high-permeability region that is consistent with the hydrology of the 
high water production being monitored between wells PBF10 and PBF13. Reflection image-
derived impedance provides the depth of the lower boundary of the confining region of the 
aquifer, as well as lateral details in the interwell region. 
 

(8)  The 3D computer model results based on core data suggests that the vugs strongly 
attenuate the ultrasonic wave, probably leading to strong dispersion between the ultrasonic core 
measurement frequencies and the frequencies of sonic logging or surface seismic data. The 
presence of lager-scale cavities in the centimeter to meter size (karsts) would lead to similar 
attenuation and dispersion in the sonic logging and seismic frequency range. 
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(9)  Because of the heterogeneous characteristics of carbonate rocks, in particular the 
presence of karsts and fractures, understanding the seismic signal or sonic logging signal 
associated with the heterogeneities can assist the reservoir geophysicist. In addition, 
understanding the scattering attenuation caused by large-scale cavities will help in the design of 
specific borehole or seismic surveys to image heterogeneous carbonate reservoirs, and will help 
in interpreting existing data as well. 
 

(10)  We demonstrated that the use of digital thin section images successfully simulates 
NMR T2 responses in carbonates, and how magnetization diffusion can affect the NMR T2 
spectrum of carbonate rocks by shifting the part of the T2 distribution associated with small 
macropores to smaller decays times. 
 

(11)  The inclusion of diffusion coupling in the NMR modeling technique leads to a close 
match between imaged pore size distributions, simulated T2 spectra, and experimental core and 
well log T2 spectra. In addition, simulated T2 spectra also are consistent with facies 
independently identified from a larger set of core samples.  These modeling techniques could 
help interpreters understand the T2 spectra observed from well logs and core samples and create 
T2 cutoffs for permeability analysis appropriate to formation characteristics. 
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The vertical seismic profile (VSP) occupies a unique niche
in the discipline of reservoir characterization. It provides a
level of resolution and a volume of investigation in between
those offered by surface seismic data and well logging tools.
The relationship between VSP and surface seismic experi-
ments is obvious: The most common use of VSP is in high-
resolution reflection imaging and tying surface seismic
sections to depth. The relationship between VSP and acoustic
well logging is less well explored. Interval velocities from
check shot VSP are often used as coarse equivalents of sonic
logs, but significant discrepancies are often seen.

There are several reasons why we should not expect VSP
interval velocities and sonic logs to match perfectly. Many
of these reasons are discussed in Stewart et al. (1984) and
include the volume of rock sampled by each method, instru-
mental biases, and wave propagation effects such as
anisotropy, short-path multiples, and velocity dispersion.
Because there is some interesting physics behind some of
these potential discrepancies, several people have proposed
using the differences between sonic log and VSP velocities
to extract information about the formation. Because of the
larger volume of investigation, most of which may be con-
sidered to be undisturbed by the presence of the borehole,
VSP is often considered to be more reflective of the true for-
mation properties. Thus, the calibration of sonic logs to VSP
is also of importance.

Another use of VSP which is gaining in popularity is the
direct extraction of attenuation information, or Q values.
This typically involves comparing downgoing wave ampli-
tudes at successive receiver locations (often in the frequency
domain), and computing a Q value for the interval.
Unfortunately, scattering and other elastic effects often dom-
inate the amplitude fluctuations, frequently resulting in non-
physical negative Q values. Recently, there has been progress

in using elastic models to correct the amplitude values for
scattering and formation stiffness, thus yielding more reli-
able Q estimates.

In this article, we will examine how detailed elastic mod-
els based on well logs can generate full waveform synthetic
seismograms which reproduce various attributes of real VSP
data. In doing so, we show how simple numerical methods
may be used to calibrate the well logs to the VSP scale and
predict VSP attributes such as phase and amplitude.

Data set and model. The data used in this example are taken
from the Siberia Ridge Field in the Greater Green River
Basin, Wyoming. This is a gas field, with the majority of pro-
duction coming from the Almond Formation. The Almond
consists primarily of low-permeability discontinuous sand-
stones encased in shale. Several thin coal beds also mark the
formation and are the source of the reservoir gas. As part of
a reservoir characterization project (Sturm et al., 2000), a
new well was drilled in this field and extensively logged. At
2900 m of depth, the well deviates about 45° to maximize
exposure to a natural fracture system. A three-component
VSP was also run in this well, with one zero-offset shot loca-
tion and two offset shot locations (Figure 1). Each offset shot
location was the same distance from the wellhead (roughly
1.6 km), but the SE offset shot was parallel to a local natural
fracture system, and the NE offset shot was perpendicular
to it.

Well logs were run in the Almond Formation and, to a
lesser extent, in the overlying Lewis shale (Figure 2).
Properties of the Lewis shale vary relatively smoothly, but
the Almond Formation (starting at 3170 m true depth) shows
a high degree of heterogeneity. This is due to the rapid tran-
sition among sand, shale, and coal beds. We created a numer-
ical model of a section of the Lewis shale and Almond
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Calibrating well logs to VSP attributes: interval
velocity and amplitude

CHRIS L. HACKERT and JORGE O. PARRA, Southwest Research Institute, San Antonio, Texas, U.S.

Figure 1. Seismograms from a three-offset experiment at Siberia Ridge Field. The vertical component is shown for the
checkshot seismogram, and the radial horizontal component is shown for the two offset seismograms. Depth in this
figure only is measured depth, not true depth.

check shot NE offset SE offset



Formation, covering true depths from 2740 to 3260 m, by
blocking the well logs into 280 layers. The layer thickness
was 3 m in the Lewis shale and 60 cm in the Almond
Formation. These layer thicknesses were chosen to provide
some smoothing of the most extreme sonic log values, while
still capturing the scale of the cyclic variability in each for-
mation. Because each layer included several well log values,
the values from the well logs were Backus averaged to cre-
ate effective medium properties in the low-frequency limit.
Each layer is very small compared to the VSP wavelength,
so the low-frequency-limit approach is appropriate. This
model was then used as the input to a frequency-domain,
plane-wave seismic modeling program, which computed the
fully elastic or viscoelastic response at arbitrary receiver loca-

tions. By using the actual receiver depths
in the deviated well and controlling the
azimuth and angle of incidence of the
applied plane wave, we were able to sim-
ulate all offsets of the VSP experiment.

Because of bad data in the lower
Lewis shale (depths from 3100 to 3150
m), the sonic log shown in Figure 2 has
been corrected by a correlation with the
resistivity log. This is possible because
there is a strong correlation between the
resistivity data and the good velocity
data. In addition, the coal beds in the
Almond Formation appear to be under-
resolved by the well logs. The sonic logs
often report densities near 2.0 g/cm3 and
P-velocities about 3600 m/s in the coal
beds, rather higher than the expected val-
ues of near 1.6 g/cm3 and 2700 m/s. In
the course of our numerical experiments,
we found that it was impossible to match
the physical experiment results unless the
well logs were corrected in the coal beds
to the expected values given above.
Furthermore, shear velocity log data were
only available in the Almond Formation
in the 5-2 well. Based on these data and
P and S velocity logs in a nearby vertical
well, it appears that VS/VP ratio is almost
always between 0.57 and 0.63.
Accordingly, the shear velocity log was
extended into the Lewis Formation by the
expression VS = 0.6 VP. We also found the
model results best matched the experi-
ment if 10% transverse anisotropy was
included.

A number of methods have been sug-
gested to determine the time of arrival
and amplitude of seismic waves. Stewart
et al. compared two automatic arrival-
picking algorithms and manual arrival-
picking. They found that the best
automatic time-picking method is cross-
correlation of adjacent traces to obtain
arrival-time differences from one trace to
the next. This technique works well except
in the vicinity of strong reflections which
distort the waveform. Because there are a
few strong reflections in this data set, we
chose an alternate time-picking method.
We were not concerned with the exact
time of arrival, but rather with the time
difference from trace to trace. We could

then choose times from the middle of the pulse, and we
selected the time of the zero crossing between the first major
trough and the first major peak. Results of this method were
consistent with those obtained by cross-correlation in zones
without strong reflections. Amplitudes may be picked in the
time or frequency domain. Because of the relative consistency
of the waveform from trace to trace, we use the simple
method of choosing the amplitude as the height of the max-
imum peak in the waveform. In any case, we are primarily
concerned with comparing results from the experimental
waveforms with results from the modeled waveforms, and
it is important to use a consistent and reproducible method
for extracting these results.
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Figure 2. (a) P-velocity well log and model representation of (b) P-velocity
and (c) density. The model is based on 3-m averages above the Almond
Formation and 60-cm averages in the Almond Formation.

Figure 3. Observed and modeled hodograms from the SE offset, 3170 m mea-
sured depth or 3130 m true depth. The initial, linear displacement is due to
the incident P-wave; the later, mostly horizontal motion is due to a converted
SV-wave.



Interval velocity results. Interval velocity is well defined for
vertically incident waves, or at least wave propagation nor-
mal to the bedding planes. To derive meaningful interval
velocities from offset shots, however, we will need to know
the angle of wave propagation. In the absence of refraction,
we could determine the angle of wave propagation from the
straight-line geometric relationship between source location
and receiver location. Because, however, refraction is sig-
nificant in most offset VSP data, we will extract local angles
of wave propagation from the three-component hodogram
data.

Asample hodogram from the SE offset experiment at 3130
m true depth, near the top of the Almond Formation, is
shown in Figure 3, along with a hodogram computed from
the model. (This is equivalent to 3170 m measured depth in
Figure 1.) The angle of incidence of the plane wave at the
model top (2740 m depth) was adjusted to approximately
match the observed hodogram angle at the same depth. In
these hodograms, it is easy to observe the initial linear motion
of the incident P-wave, which is soon followed by a reflected
SV converted wave from the top of the Almond Formation.
The modeled hodogram reproduces the main elements of
this behavior, giving us confidence in the accuracy and repro-

ducibility of the result. We can then derive the local angle of
incidence of the arriving P-wave from the angle of the ini-
tial linear movement, which parallels the P-wave propaga-
tion axis.

Angles computed by this method are shown for the two
offset VSP shots as a function of depth in Figure 4. The angles
of propagation in the check shot VSP are within a few degrees
of vertical for all depths, and so are not shown. The observed
angles of incidence (solid lines) show more horizontal wave
propagation than if the seismic energy was traveling in a
straight line from source to receiver (dashed lines). This is
consistent with the refraction of waves in media where veloc-
ity tends to increase with depth.

Our model can match the main characteristics of this
refraction by computing the angles of incidence from
hodograms of the model VSP (Figure 5). As discussed before,
we create the offset VSP results by applying a plane wave
to the layered model. We adjust the angle of incidence of the
plane wave to approximately match the experimentally
observed angle of incidence at the location of the model top
(2740 m depth). The wave immediately begins to refract as
it travels through the variable velocity layers and ends up
with a more vertical propagation angle as it reaches the bot-
tom of the model. This is because velocities have an overall
decreasing trend with depth in this local region (2740 m to
3260 m depth). We observe a similar trend with similar fea-
tures in the experimental angles of propagation, but the
experimental angle becomes even more vertical with increas-
ing depth than it does in the model. This is because the
physical situation is more similar to a spherical wave than
a plane wave. In the experiment, deeper receivers naturally
observe more vertical wave propagation because of the
increasing depth to offset ratio. In the model, the plane-wave
limitation means that refraction is the only mechanism to
change the angle of wave propagation.

Once the angle of wave propagation has been estab-
lished, we can compute interval velocities by taking the pro-
jection of the distance separating two receiver locations along
the direction of wave propagation and dividing by the dif-
ference in the observed time of arrival for the wave. Because
the well is sharply deviated, it is necessary to treat receiver
locations and wave propagation directions as 3-D vector
quantities.

Figure 6 shows the computed interval velocities for the
three experiments and the corresponding model VSP cases.
As expected, the interval velocities from the models gener-
ally match the sonic log quite well. This is not surprising,
because the model is based directly on the well logs and is
free from lateral inhomogeneity. There are two regions of par-
ticular interest. The first is the region from 3100 to 3150 m
in depth where we patched the sonic log with the resistiv-
ity data. It is interesting to note that in this region the exper-
imental vertical check-shot interval velocity is quite a bit
lower than the sonic pseudolog, while the interval veloci-
ties computed from the two offset experiments are fairly con-
sistent with the sonic pseudolog. Although we cannot rely
too much on the sonic pseudolog, these experimental results
alone might be an indicator of transverse anisotropy in the
lower Lewis shale.

The second region of interest is in the mid- to lower
Almond Formation, at depths of 3200-3250 m. Here we note
that in all three experimental VSP shots, the interval veloc-
ity is significantly lower than the measured sonic velocity.
The interval velocities computed from the elastic models also
show this effect. However, we were able to significantly
improve the correspondence between model and experi-
ment by “correcting” the elastic properties of the coal beds
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Figure 4. P-wave angle of incidence at the receiver for
the two offset VSP experiments. Green solid line is SE
offset, red solid line is NE offset, corresponding dashed
lines are the angles formed by a straight line between
source location and receiver location.

Figure 5. P-wave angle of incidence at the receiver for
the two offset VSP experiments and the model VSP.
Green line is the SE offset experiment, red line is the NE
offset experiment, blue line is the model.



in the model, as discussed earlier. This led us to conclude
that the lower interval velocities are partly a result of short-
path multiples in the cyclic sediments of the Almond
Formation. This effect was previously described by Stewart
et al. to lead to lower apparent interval velocities. Asubmodel
of the Almond Formation suggests that this scattering effect
could contribute up to 300 m/s of the observed velocity
lowering. Some of the observed time deficit is restored on
reaching the bottom of the Almond Formation, as the last
few measured interval velocities are substantially faster than
the well logs. This effect is also reproduced in the elastic mod-
els, and thus the remaining part of the apparent velocity dis-

crepancy is probably the result of waveshape distortion by
a reflection from the bottom of the Almond Formation.

Amplitude results. From the experimental data, we observe
that the 3-C vector amplitude of the incident wave as a func-
tion of depth is very consistent for both the vertical and off-
set VSP (Figure 7). (The SE offset VSP experiment appears
to have a variable gain, and so its amplitude data is not con-
sidered here.) In Figure 7 and in the following data we cor-
rected the amplitudes for spherical divergence only. For the
check shot VSP, the amplitudes actually increase with increas-
ing depth (on average) over the range from 2800 m in depth
to the bottom of the well. This makes the direct application
of attenuation computing methods like the spectral ratio
technique impossible. As previously noted, in cases like this
it is necessary to first correct the amplitudes for scattering
and elastic effects before computing the spectral ratios.

Using the plane-layer model we extract amplitudes from
synthetic VSP waveforms for both the check shot and offset
VSP configurations. The amplitudes from the basic model,
which so far include only elastic and scattering effects,
increase with depth even more than the experimental data.
The higher than expected amplitudes are probably due to
the lack of intrinsic attenuation in the model. The inclusion
of intrinsic attenuation, in the form of a frequency indepen-
dent Q, brings the wave amplitudes down more in line with
the experiment. Figure 8 shows that the experimentally mea-
sured amplitudes, normalized to match the model ampli-
tude at the model top, match the Q = 60 (check shot VSP)
and Q = 120 (NE offset VSP) model amplitudes well for most
of the depths investigated. Attenuation associated with both
of these Q values is relatively weak over the distances and
wavelengths examined, and the difference may be within
the margin of error. Other possibilities include differences
due to the longer raypath in the offset VSP, nonspherical
divergence in the refracting wave, or attenuation anisotropy.
Near the bottom of the well the observed amplitude is in
part determined by the elastic properties of the rocks below
the well bottom. Because we have no quantitative informa-
tion about the rocks below the well bottom, it is not surprising
that there is some difference between the model and exper-
imental data over these depths. Moreover, the elastic rock
properties change rapidly with depth in this region. Thus,
a few feet of error in the receiver depth could strongly affect
the observed amplitude as the receiver clamps to formations
of varying stiffness. Nevertheless, the basic structure of peaks
and troughs is retained.

Conclusions. We have demonstrated that observed VSP
attributes can be adequately reproduced using simple elas-
tic waveform modeling. Our plane-wave, plane-layer model
based on well logs is able to successfully reproduce the major
features of a real, three-offset VSP data set. These features
include anomalously low interval velocities, angles of wave
propagation, and regions of high and low seismic amplitude,
including a general trend of increasing amplitude with depth.
An analysis like this can be of great help in calibrating well
logs with seismic data and identifying zones where the well
logs may not be truly indicative of the elastic properties of
the formation. At the Siberia Ridge Field, we found that the
thin coal layers were inadequately captured by the density
and acoustic well logs, and we identified some evidence for
transverse anisotropy in the lower Lewis shale.

We also observed the importance of including thin lay-
ers in regions of strong variability. The 23 coal layers in the
Almond Formation at the 5-2 well comprise only about 14%
of the formation, with an average thickness of 0.5 m, but they
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a) b)

Figure 6. Computed interval velocities. (a) Check shot
VSP experiment and corresponding model VSP. (b)
Offset VSP experiments and corresponding model VSP.
Black, green, and red lines are check shot, SE offset, and
NE offset experimental interval velocities; blue line is
modeled interval velocity; purple line is sonic log.

Figure 7. P-wave three-component vector amplitudes for
the check shot (black line) and NE offset (red line) VSP
experiments.

check shot offset



have a strong impact (along with the rapidly varying
sand/shale transitions) on the observed interval velocity. This
arises partly from the influence of short-path multiples, or
scattering dispersion, which has been demonstrated to lower
the apparent velocity of low-frequency waves.

With the increasing use of 3-C geophones for VSP acqui-
sition, large offset converted-wave processing is becoming
more common. We demonstrated the use of hodograms and
computed angle of incidence to extract accurate P-wave
interval velocities from a single offset, without the need for
a zero-offset check shot. In this study, we examined only the

downgoing, or refracted, wave. The models and principles
discussed here will also apply to reflected, upgoing waves.
We expect that simple elastic or viscoelastic full-waveform
modeling can also be applied profitably to reflected- and con-
verted-wave studies. By examining the reflected and trans-
mitted converted P-SV waves, it should also be possible to
extract a shear-wave interval velocity profile to calibrate
with the shear-wave sonic logs. Several research groups have
devised inversion methods based on this principle, but we
suggest that the detailed (small-scale) structure of the shear
velocity may be just as important to include as the detailed
structure of the compressional velocity in highly cyclic media.

Suggested reading. “Long-wave elastic anisotropy produced
by horizontal layering” by Backus (Journal of Geophysical Research,
1962), “Comparison of P- and S-wave velocities and Q’s from
VSP and sonic log data” by De et al. (GEOPHYSICS, 1994). “Aporo-
elastic model with azimuthal anisotropy to analyze flow unit
responses at the Siberia Ridge Field, Greater Green River Basin”
by Parra and Hackert (Petrophysics, 2001), “Seismic versus sonic
velocities: A vertical seismic profiling study” by Stewart et al.
(GEOPHYSICS, 1984), and “Multidisciplinary analysis of tight gas
sandstone reservoirs, Almond Formation, Siberia Ridge Field,
Greater Green River Basin” by Sturm et al. (GRI report 00/0026,
2000, Gas Research Institute, Chicago, IL).  LE
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Figure 8. Comparison of experimental VSP vector ampli-
tudes and model VSP vector amplitudes. (a) Check shot
VSP experiment (black line), and model with Q = 60
(blue line). (b) NE offset VSP experiment (red line), and
model with Q = 120 (blue line).

a) b)check shot NE offset
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A Poroelastic Model with Azimuthal Anisotropy to Analyze
Flow Unit Responses at the Siberia Ridge Field,

Greater Green River Basin

A modeling scheme is presented and applied to ana-
lyze the response of reservoir flow units to a variety of
acoustic/seismic measurement techniques, and to deter-
mine the frequency band in which flow units can be ob-
served and characterized . The model estimates
attenuation in a broad frequency range to include sonic,
crosswell, VSP, and 3-D seismic scales . Because flow
units in a reservoir are characterized by permeability,
porosity, and fluid saturation, and because fluids are
characterized by their viscosity, density, and velocity,
we use the theory ofporoelasticity . This theory provides
the physics involved in the interactions between the
fluid and the rock matrix as an acoustic wave propagates
in the medium . Energy losses due to the relative move-
ment ofpore fluids and the rock matrix are described us-
ing the unified Biot and squirt-flow theory . We apply
this theory to a layered poroelastic medium with azi-
muthal anisotropy to analyze whether flow units pene-
trated by a borehole can be detected at seismic scales
(crosswell, VSP and 3-D seismic) . We model a sand-

ABSTRACT

shale-coal sequence from the Siberia Ridge field, a tight
gas sand reservoir located in Wyoming, as an example .
The results give responses in the frequency domain con-
taining the effect of scattering and intrinsic attenuation .
By comparing total attenuation with scattering attenua-
tion, we observe the differences associated with the flow
units . Flow units can be identified because the increase
in attenuation is due to the interaction of fluid flow with
the rock matrix . The modeling results show scattering
effects of shales and coals and demonstrate that coals
control the scattering attenuation . The elastic attenua-
tion is shown at all frequencies and the fluid flow effects
are observed in the sonic and crosswell frequency
ranges . This model study suggests that low frequency
measurements such as 3-D seismic would not be able to
capture fluid flow in fracture-induced anisotropy . How-
ever, this modeling approach does not prevent the cap-
ture of fracture-induced anisotropy due to large fracture
zones and faults that may be presented in the region us-
ing VSP and/or 3-D seismic surveys .

Accurate reservoir description and simulation are de-
pendent on measures ofproperties such as porosity, perme-
ability, fluid viscosity, and fluid saturation . Porosity is
routinely available from wireline log data, which, in con-
junction with 3-D seismic data, can be used to generate ex-
cellent reservoir porosity models . Until recently, cores
were the only source of permeability data measured on a
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small enough scale to provide critical reservoir
heterogeneity data . Cores are almost useless for permeabil-
ity estimates in fractured formations ; if a fracture is missed,
only the matrix permeability is estimated . Ifa fracture, es-
pecially a larger one, is penetrating the core, the chance is
good that the core will not be intact and that permeability
will not be measurable .

Permeability can also be derived from core-based per-
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meability-porosity cross-plots, but such an approach is
flawed, as the porosity-permeability correlations are often
poor and core data may be sparse and expensive to obtain .
At present, nuclear magnetic resonance (NMR) measure-
ments calibrated with core data are often used for perme-
ability estimations in reservoirs . Also, permeability
estimates are made using core-calibrated well log data
from a variety of tools (Tang et al ., 1998) .

Acoustic measurements based on frequency-dependent
Stoneley wave attenuation and dispersion have been used
to extract information about formation permeability from
measured fluid mobility . Stoneley permeability measure-
ments work well in fractured rock (Tang et al ., 1991, 1997) .
In this case, attenuation measurements are affected by the
heterogeneity and viscoelasticity of the rock, rather than
fluid flow interactions alone (or intrinsic properties of the
reservoir such as permeability and porosity) . To use attenu-
ation and dispersion measurements to predict flow proper-
ties at field scales, the effects of scattering must be
understood so velocity measurements can be corrected for
such effects .

In natural rocks, variations of the local permeability,
density, and compressibility cause impedance variations,
leading to poroelastic scattering . The same variability
causes local fluid flow on the length scale of the rock . Both
effects cause dispersion and attenuation of the propagating
wave .

To properly model flow units in a reservoir we use the
theory of poroelasticity . The theory assumes that when a
P-wave propagates through a porous medium it forces the
pore spaces to alternately expand and contract . This local
change in pore volume and pore pressure may cause the
saturating fluid to flow from contracting to expanding
pores . The internal motion of a viscous fluid thus extracts
energy from the passing wave and also affects the rigidity
of the porous volume as a whole, which in turn alters the
wave velocity . Biot (1956, 1962) presented a theory de-
scribing the frequency-dependent behavior of attenuation
and dispersion for fluid motion parallel to the direction of
wave propagation by assuming homogeneity on the scale
of the probing wavelength . Alternatively, the squirt-flow
mechanism accounts for fluid motion perpendicular to the
direction of wave propagation and it only appears with in-
troduction of the squirt-flow length in the porous rock .

One theory describing a squirt-flow mechanism on the
pore scale was developed by Dvorkin and Nur (1993), who
presented a unified analysis of the Biot and squirt-flow
(BISQ) mechanism . The BISQ mechanism relies on a heu-
ristic parameter (the squirt-flow length) and may not be ap-
plicable to all rock types . Nevertheless, the BISQ mechan-
ism has been demonstrated to be quantitatively consistent
with measurements ofattenuation in sandstone samples as
a function ofpermeability and saturation . The BISQ theory
was extended by Parra (1997) to include permeability ani-
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sotropy with a vertical axis of symmetry . This model was
applied to crosswell data (in the frequency range of400 to
2000 Hz) from the Gypsy test site to analyze whether dis-
persion is sensitive to vertical permeability . Parra (2000)
further modified the BISQ theory to include azimuthal ani-
sotropy with a horizontal axis ofsymmetry . The theory was
tested using a crosswell data set acquired at the Buckhorn
test site in Illinois, and rock/fluid properties from the
Kankakee Limestone Formation . The results of the cross-
well seismic experiments and processing are given in Parra
(1995) .

While fluid motion may dominate attenuation for wave
propagation in porous media over certain frequencies, it is
certainly not the only mechanism that reduces wave ampli-
tude . Scattering, in the form ofreflections from variations
in the medium's impedance, has long been recognized as a
significant contributor to attenuation . Gurevich et al .
(1997) provided a study considering the combined effects
of scattering and Biot flow in layered media . Interlayer
flow (a squirt-type local flow on the length scale ofthe lay-
ering) dominates at the lowest frequencies for reservoir
rock in the seismic frequency range from 10-100 Hz. At
frequencies in the kHz range encountered by borehole
acoustic data, scattering caused by the poroelastic imped-
ance contrasts in the layered medium is dominant . The Biot
global flow dominates at high frequencies and in high per-
meability zones . The work of Gurevich et al . (1997) dem-
onstrates that flow-based and scattering-based attenuation
can be treated independently and added to produce the total
attenuation . Only recently, Hackert and Parra (2000) mod-
eled a finely layered sedimentary sequence from Buena
Vista Hills, California, to investigate the relative impor-
tance of scattering and fluid flow attenuation .

In this paper we present an application of this model to
demonstrate whether acoustic/seismic measurement tech-
niques can be effectively used to map flow units in a reser-
voir. We apply the theory to a real model for the Siberia
Ridge tight gas reservoir . To properly predict attributes at
acoustic and seismic frequencies requires a good under-
standing of the lithology and poroelastic reservoir proper-
ties at the borehole scale . In the appendix we present the
complete theoretical solution ofa plane wave incident to a
layered isotropic poroelastic medium with a horizontal axis
of symmetry .

GEOLOGY AND PETROPHYSICS

The Siberia Ridge Field is a stratigraphically trapped
gas accumulation on the north flank ofthe Wamsutter Arch
in the Greater Green River Basin, Wyoming . Gas produc-
tion is from the Almond and overlying Lewis reservoirs . A
detailed study ofthe Almond Formation and methods to aid
the exploration of tight gas sandstones is given in a report
written by Sturm et al . (2000) .
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Sturm et al . (2000) described the Almond Formation as
alternating sandstones, shales, and coals of Late Creta-
ceous age . Within the field area, the Almond can be
stratigraphically divided into an Upper Almond marine se-
quence (10,575 to 10,650 feet at the Amoco Siberia Ridge
5-2 well) and a brackish to non-marine Main Almond se-
quence (below 10,650 feet). The 5-2 well was drilled at a
45° angle through the Almond Formation . The Main Al-
mond is approximately 450 ft thick and the Upper Almond
is 30 to 50 ft thick . Coals occur only in the Main Almond
and are the source of the gas . Most of the gas production,
however, is from the Upper Almond, which is a
transgressive marine sequence consisting of shore face to
foreshore deposits . The sequence is predominantly a later-
ally continuous barrier bar sandstone (the Almond Bar)
with a classic coarsening upward profile . It is bounded by
shales . The barrier bar sandstone is 50 ft thick on the log
and has a true vertical thickness of approximately 30 feet .
Borehole data indicate that fractures in the Siberia Ridge
Field are aligned regional extension fractures .

Siberia Ridge fracture density ranges up to 5 .5 fractures
per foot, and fracture density increases markedly with
depth in the Siberia Ridge wells . This increase coincides
with a change in lithology from mostly marine sands and
shales to a more heterogeneous mixture of sands, muds and
coals of the coastal plain . The low porosity and matrix per-
meability suggest that the source of the produced water
causing problems in this field is from high permeability
fractures . Natural fractures, as determined by image logs
and anisotropy based on cross dipole analysis, distinctly in-
crease in the lower Main Almond and Ericsson sands . In
this reservoir, the flow units are fractured tight gas sands .
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METHOD
Model to simulate a fracture system

To simulate fractured zones containing fluids we use a
poroelastic model characterized by the tensor permeability
and the squirt-flow tensor . We simulate a system ofaligned
fractures by defining the horizontal x axis as the axis of
symmetry . Figure 1 shows a 3-D view of the fracture me-
dium with the horizontal axis, x, illustrating an arbitrary
plane characterized by an azimuthal angle measured from
the horizontal x axis, and an incident angle measured from
the z axis. In the plane of the fractures (i.e ., the y-z plane)
the permeability is large, and in the direction perpendicular
to the fractures, x, permeability is low, as is that ofthe tight
sand. The model assumes that the principal axis ofthe elas-
tic stiffness tensor is aligned with the permeability tensor
and squirt-flow tensor axes . To simulate the fracture sys-
tem, we consider two scales : (1) squirt-flow length on the
order of centimeters to represent fluid flow in fractures,
and (2) squirt-flow length less than 1 mm to represent grain
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scales . The concept of using two squirt-flow lengths to
simulate attenuation associated with fluid transport proper-
ties in a partially saturated porous medium was introduced
by Akbar et al . (1994), who considered wave-induced
squirt fluid flow at two scales : (1) local microscopic flow at
the smallest scale ofsaturation heterogeneity, and (2) mac-
roscopic flow at a larger scale of fluid-saturated and dry
patches . They observed two peaks ofacoustic wave attenu-
ation-one at low frequency (caused by macroscopic
squirt-flow) and another at higher frequency (caused by
microscopic squirt-flow) . In the model study described be-
low, the macroscopic squirt-flow (in the y-z plane) repre-
sents fluid flow within the fracture plane . To be applicable
for a system offractures based on macroscopic squirt-flow,
nonuniform fluid distribution within a fracture plane is re-
quired-an assumption that appears reasonable .

Model to simulate a layered isotropic poroelastic
medium with azimuthal anisotropy

To simulate the seismic response of a shale-sand se-
quence containing vertical fractures, we present in the ap-
pendix the solution of a plane wave incident to a layered
poroelastic transversely isotropic medium having a hori-
zontal x-axis of symmetry . The solution is aimed at simu-
lating azimuthal anisotropy caused by vertical fractures in
the layers . Fluid flow in the fractures is characterized by
permeability and squirt flow tensors, as addressed in the
previous section . Each layer has its own rock and fluid
properties as well its own degree of anisotropy . Therefore,

FIG . 1

	

Three-dimensional view of the fracture system, illus-
trating the orientation of the azimuthal angle and the angle of
propagation relative to a Cartesian coordinate system (x,y,z) .

95



the complete seismic response is formed by scattering as-
sociated with multiple layer boundaries, fracture-induced
anisotropy due to vertical fractures, and fluid flow in frac-
ture-induced anisotropy .

Model limitations

The theory used to calculate attenuation curves is based
on fracture-induced anisotropy and fluid flow in frac-
ture-induced anisotropy (a concept described in the appen-
dix) . As previously noted, fracture-induced anisotropy is
represented by the tensor of stiffness constants, and fluid
flow in fractures is represented by both the permeability
and squirt-flow tensors . Scattering effects associated with
fracture lengths, fracture apertures, fracture orientations,
and multiple fractures cannot be modeled with the plane-
wave layered-earth solution given in the appendix . The fi-
nite difference modeling scheme or a boundary integral
equation approach is more suitable to model specific frac-
ture geometries or a multiple fracture system .

We first created a model of the Almond Bar sandstone
using core and log data from the 5-2 well in the Siberia
Ridge field . Core data provided density, permeability, and
porosity, while acoustic logs provided compressional and
shear velocities . The squirt-flow lengths for the tight sand
matrix were derived from thin-section analysis . Fracture
permeabilities were estimated from apertures extracted
from microresistivity imaging logs (Sturm et al ., 2000) .
We chose a fracture permeability of50 millidarcies, which
is approximately the average vertical permeability of the
Almond formation intercepted by well number 5-2 at Sibe-
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DATAEXAMPLE : MODELING RESULTS

FIG . 2 The effect of frequency and azimuths for a macro-
scopic squirt flow length = 5 cm (representing fluid flow in
fractures) and a local squirt flow length = 0.2 mm (represent-
ing fluid flow in tight sands) .

Parra and Hackert
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Rock physics and fluid property parameters for
a sandstone unit .

Parameters

PETROPHYSICS

P-velocity (m/s)
Bulk density (g/cc)
Horizontal permeability (md)
Vertical permeability (md)
Porosity (dec)
Fluid velocity (m/s)
Fluid viscosity (Poise)
Fluid density (g/cc)

Formation Values

4200
2.48
0.01
50

0.084
1500
0.01

1

ria Ridge (Sturm et al ., 2000) . The model treats the sand-
stone as a horizontally transverse isotropic (HTI) homo-
genized medium, with permeability and stiffness aniso-
tropy . Individual fractures are not modeled . Because elas-
tic wave attenuation is sensitive to the presence offluids in
fractures, from this model we computed poroelastic attenu-
ation for a plane wave traveling at different azimuths rela-
tive to the system of vertical fractures in the tight sands .
The sandstone model parameters are given in Table 1 .

Figure 2 shows attenuation maxima at low and high fre-
quencies for a squirt-flow length of 0.2 mm in the tight
sands and a system offractures having a squirt-flow length
of 5 cm . Attenuation peaks are observed at 1000 Hz (in the
frequency range of 10 to 1500 Hz), at azimuths of 0 (nor-
mal to the system of fractures) and 30 degrees . These ob-
servations suggest that squeezing fluid in the fractures
requires acoustic or seismic energy in the range of about

FIG. 3 The effect of frequency and azimuths for a macro-
scopic squirt flow length = 7 cm (representing fluid flow in
fractures) and a local squirt flow length = 0.2 mm (represent-
ing fluid flow in tight sands) .
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150-1000 Hz (e.g ., crosswell, reverse VSP, and long-
spaced acoustic logging) .

In Figure 2, attenuation maxima are also observed at
higher frequencies at azimuths of60 and 90 degrees (paral-
lel to the fracture plane) . For these azimuths, elastic waves
excite fluid motion in the porous matrix, and attenuation is
controlled by fluid flow in tight sands (or microscopic
squirt-flow) . Figure 3 illustrates attenuation curves for the
model parameters given in Table 1 . In this example we in-
crease the squirt-flow length to 7 cm, and the attenuation
peaks shift to the lower frequency range . The attenuation
peaks computed at azimuths of 0 and 30 degrees are ob-
served at about 600 Hz. Since the microscopic squirt-flow
in the tight sands did not change, the locations ofthe corre-
sponding attenuation peaks at higher frequencies remain
the same as those in Figure 2 at azimuths of 60 and 90 de-
grees . Increasing the macroscopic squirt-flow length shifts
the attenuation peak to lower frequencies, because to move
fluid in large, thin fractures requires wavelengths compara-
ble to those associated with fracture lengths . This modeling
example shows that squirt-flow lengths between 5 and 7
cm produce realistic attenuation in the range of acous-
tic/seismic measurements, with attenuation peaks corre-
sponding to quality factors of about 40 . These results show
that attenuation can be strongly affected by wave-induced
squirt flow in the plane ofthe fracture . We also observe in
Figures 2 and 3 that attenuation in the tight sands due to mi-
croscopic squirt flow is associated with a Q of 80 at high
frequencies . Fluid flow in tight sands is not causing attenu-
ation as strong as that in fractured formations with porosi-
ties on the order of20 percent and permeability on the order
of 10 md, where quality factors in the range of 20-40
(Hackert et al ., 2001) have been observed. In this environ-
ment, the results predict that as long as there is fluid flow in
the rock matrix towards the fractures, the fluid motion will
attenuate the acoustic/seismic waves . In the event that
there is no fracture-induced fluid flow, we cannot expect
high attenuation for waves propagating perpendicular to
the fracture system. In this case the Biot mechanism will
control any fluid interaction between the pore fluid and the
rock matrix in the direction parallel to P-wave propagation .
Since the permeability in the tight sands is about 0.01 md,
the Biot flow will be practically zero in the direction nor-
mal to the fracture plane .

Next, we study in more detail the scattering attenuation
associated with the layered sequence of sands, shales, and
coals and compare it to the poroelastic attenuation . Model
responses are calculated for different azimuths and angles
of incidence, and over a broad frequency range . The se-
quence and thickness of our layered model is determined
by the lithology as interpreted from the well logs . Sand-
stone, shale and coal layers have properties derived from
the well logs, and these are listed in Table 2 . An interpreta-
tion of Sturm et al . (2000) indicates that only the sand-
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'The first value corresponds to the rock property in the direction perpendicular
to the fracture system . The second value is the property parallel to the fracture
system .

stones have open fractures, and therefore the shale and coal
layers are assumed to be isotropic in the model. In fact, core
and FMI observations show that open fractures occur in
sandstones, whereas healed fractures occur in shales and
coals . Closed fractures play an insignificant role in total
fracturing in every interval of Almond Formation . Based
on this information, we construct a detailed model that con-
sists of a stack of 114 discrete layers representing the Al-
mond Formation to the bottom of the 5-2 well . These
layers have a true vertical thickness of 358 feet .

The theoretical solution given in the appendix allows us
to extract attenuation information by measuring the trans-
mission coefficient as a function of frequency for a plane
wave incident on the top ofthe stack with arbitrary angle of
incidence and azimuth . The plane wave has two modes of
operation : elastic, in which the attenuation is solely due to
reflections and scattering among the different layers ; and
poroelastic, in which the amplitude is also reduced by the
wave-induced fluid motion (Biot, squirt, and interlayer
flow) . The transmission coefficient is converted to a Q
value through the frequency and distance traveled . For sim-
plicity, the distance traveled is taken to be the vertical
thickness divided by the cosine of the incident angle . We
have observed that this approach is acceptable, except that
for angles closer to horizontal, refraction can significantly
change the path length . Measured attenuation for the
75-degree incidence data below (and to a lesser extent, the
45-degree incidence data) is probably too low because the
path length is overestimated . In fact, for nearly horizontal
propagation, critical refraction and evanescent waves make
the path difficult to define . For a given angle of incidence,
however, the path length bias is fairly constant, regardless
of azimuth angle or elastic or poroelastic operation .

Incidence angles are measured from vertical so that
75-degree incidence is near horizontal. Azimuth is mea-
sured relative to the fracture system, so 0-degree azimuth is
normal to the fractures, while 90-degree azimuth is parallel
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TABLE 2 Rock physical properties for layer model.

Property Sandstone Shale Coal

VP 4.2 / 4.4 km/s l 3 .9 km/s 2.7 km/s
p 2.61 g/cc 2.5 g/cc 1 .4 g/cc
SGM 37 GPa 26.8 GPa 13 .3 GPa
porosity 8% 2 % 1
perm 10,ud / 50 md l 0.1,ud l yd
squirt-f length 0.2 / 70 lmm 0.5 mm 0.2 mm
tortuosity 3 3 3



to the fractures . Remember that incidence normal to the
layers is also parallel to the vertical fractures, so that the
largest squirt effect from the fractures will come at 0-de-
gree azimuth and near horizontal angles .

In the modeling method we also include a stochastic rep-
resentation of the layer sequence . For example, Figure 4
shows the Q-1 derived from the normal incidence elastic
model (including coal layers) and a prediction ofQ-1 based
on stochastic medium theory (Parra et al ., 1999) . Agree-
ment is not so good between the deterministic (black line)

FIG. 4
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Normal incidence. Black line is elastic, red line is sto-
chastic medium prediction . This is a full model with coal lay-
ers . The coals cause a large increase in attenuation, but are
too sparse and too different to have a good match from sto-
chastic theory .
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Normal incidence . Black line is elastic, red line is sto-
chastic medium prediction . This is a modified model without
coal layers . This model (using sand and shale only) shows a
good match with a stochastic medium theory result .
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and stochastic (red line) responses, because the strong im-
pedance contrast between the coals and the other layers vi-
olates the assumed Gaussian probability distribution .
Replacing the coals by sand and shale layers yields an elas-
tic n-1 in good agreement with stochastic medium theory
(see

G

Figure 5) . Note too, that when coals are present, mod-
eled attenuation is higher by roughly an order of magni-
tude . The stochastic model that assumes a Gaussian
probability distribution underpredicts the attenuation when
coals are present . In Figures 4 and 5 attenuation was pre-
dicted in the frequency range of 0.01-10 kHz, to evaluate
the applicability ofacoustic/seismic techniques for predict-
ing flow units . The results demonstrate that scattering
caused by the high impedance contrast between the coal
beds and the adjacent clastics is the main cause of high at-
tenuation in the Almond Formation.

In Figure 6, we present the elastic and poroelastic atten-
uation responses for the same coal-sand-shale layer model
used in the example ofFigure 4, again considering vertical
wave propagation . Elastic attenuation is represented by a
black line and poroelastic attenuation associated with fluid
flow in fracture-induced anisotropy is represented by a red
line . The figure shows that poroelastic attenuation is about
the same as elastic attenuation for seismic and crosswell
seismic frequencies . On the other hand, poroelastic attenu-
ation is greater than elastic attenuation for frequencies in
the borehole acoustic range (i.e ., greater than about 1500
Hz) . This is consistent with the predicted poroelastic re-
sponse from the sand layers, as shown in Figure 2 . Vertical
wave propagation is parallel to the fracture plane and so
corresponds to the 90° response . Thus, it is only the high
frequencies that show an observable poroelastic attenua-
tion response for vertical wave propagation .
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FIG . 6

	

Normal incidence . Black line is elastic only, red line is
poroelastic . Vertical incidence is parallel to fractures, so the
only real effect is at high frequencies .
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In the next series of examples we analyze the effects of
angle of incidence and azimuth on the attenuation re-
sponse . We analyze incidence angles of45° and 75° for az-
imuths of 0° and 90° . Figures 7 and 8 show the attenuation
response of the same layered model used in the previous
example in the presence of a plane wave incident at 45° at
azimuths of 0° and 90°, respectively . In both cases, elastic
(black line) and poroelastic (red line) responses are pre-
sented . In the direction normal to the fracture system, the
poroelastic response is greater than the elastic response in
the frequency range of 200 to 700 Hz. This was also seen in
Figure 3, where the poroelastic response in the sand for
propagation normal to the fractures (0° azimuth) peaks in
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45 degree incidence, 0 degree azimuth . Black line is
elastic only, red line is poroelastic .
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45degree incidence, 90 degree azimuth . Black line is
elastic only, red line is poroelastic .
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the frequency range near 600 Hz. In the direction of the
fracture system (90° azimuth), the elastic and poroelastic
attenuation responses are similar.

There also appears to be more elastic attenuation in the
direction parallel to the fracture system than in the direc-
tion perpendicular to the fracture system for angles ofinci-
dence away from vertical . This is demonstrated in Figures
9 and 10, where the angle of incidence is increased to 75° .
Since we are not modeling individual fractures, but only
velocity and permeability anisotropy in otherwise homoge-
neous layers, this effect arises from the fracture-induced
velocity anisotropy in the sandstones . Specifically, the
sandstone layers have faster velocities in the parallel direc-
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75 degree incidence, 0 degree azimuth . Black line is
elastic only, red line is poroelastic .
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FIG. 10

	

75 degree incidence, 90 degree azimuth . Black line
is elastic only, red line is poroelastic .
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tion than in the perpendicular direction . As the angle ofin-
cidence moves away from vertical, the sand-shale and
sand-coal reflection coefficients are higher for waves prop-
agating parallel to the fracture system than perpendicular to
it. The higher reflection coefficients lead to increased scat-
tering, and thus more elastic attenuation. Other models in-
corporating discrete fractures may show an opposite effect,
particularly at high frequencies where individual fractures
can act as scattering elements . Regardless of the fracture
model used, poroelastic attenuation is always highest for
waves traveling perpendicular to the fracture system . In
this configuration, passing compressional waves have the
greatest opportunity to induce squirt flows along the frac-
ture planes .

This modeling analysis suggests that flow units charac-
terized at the borehole scale, based on standard logs and
monopole/dipole data, can be used to construct poroelastic
models to evaluate whether acoustic/seismic methods will
provide information on fluid movement in the reservoir .
The main objective of this work is to demonstrate a model
to predict attenuation effects that can result from layering
(scattering) as well as intrinsic effects that can be associ-
ated with fluid flow effects in the reservoir region sur-
rounding a well . We chose a poroelastic model based on the
Biot and squirt-flow mechanism because it has the versatil-
ity to simulate the effect of fluid flow in fracture-induced
anisotropy (i.e ., flow units and fluid flow in the vertical and
horizontal directions are defined by the permeability and
squirt-flow tensors) . Understanding these concepts will
help the reservoir geophysicist plan crosswell seismic sur-
veys and determine whether high resolution seismic attrib-
utes will capture fluid-flow effects . Therefore, before
conducting seismic surveys, we suggest applying this
model-based interpretation scheme to determine whether
high resolution VSP and/or crosswell seismic measure-
ments will provide the information required to map fluid
flow and/or geological structures .

CONCLUSIONS

The modeling results indicate that fracture-induced ani-
sotropy in tight gas sands may be detected using seismic
methods in the range of 150-to-1000 Hz at azimuths be-
tween 15°-30° at angles ofincidence near 90°. Also, the re-
sults suggest that attenuation is sensitive to fluid flow in the
tight sands above 1000 Hz at azimuths greater than 60°
These results indicate that any attempt to map frac-
ture-dominated flow in low permeability and low porosity
environments will require multiple frequency measure-
ments in the range of sonic logs or high frequency VSP
measurements . To separate intrinsic effects from scattering
effects associated with the shale-sand-coal layer sequence
in the Siberia Ridge field will require measurements at a
minimum of two frequencies (e.g ., sonic and VSP) .
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The analysis results provide a modeling approach based
on borehole data to predict whether flow units can be de-
tected at acoustic and seismic scales . The flow units are
constructed using core and borehole data . The model based
on these two scales predicts attenuation responses at the
borehole and crosswell scales and can be applied to other
reservoirs with different petrophysical characteristics and
reservoir parameters . In this application, permeability and
porosity are derived from NMR well logs calibrated with
core data .

The final results ofthe model provide insight into plan-
ning crosswell or high resolution VSP for mapping flow
units . In this particular reservoir, the measurements were
sensitive to fluid flow effects in the frequency range of
borehole related surveys . Any interwell or VSP system that
cannot transmit energy in the frequency range of 500-2000
Hz will not be able to capture fluid flow in fracture-induced
anisotropy . However, this modeling approach does notpre-
vent the capture of fracture-induced anisotropy associated
with large fracture zones and faults that may be presented
in the region using 3-D seismic surveys .

ACKNOWLEDGMENT

Support for this work was provided by the U.S . Depart-
ment of Energy, Contract No . DE-AC26-99BC15203 . The
assistance of Mr. Puma Halder and permission of DOE to
publish this study is gratefully acknowledged . We thank
Peicheng Xu ofDatatrends Research for productive discus-
sions, and we appreciate the comments and suggestions of
the Petrophysics reviewers . Special thanks to the Editor,
David Kennedy and to the Assistant Managing Editor,
Becky Kasper . The data was provided by The Emerging
Resources in the Greater Green River Basin Project, GRI
Contract 5094-210-3021 . We thank C. Brandenburg
(GRI), and S . Sturm, L. Evans and B. Keusch from
Schlumberger-Holditch Reservoir Technologies, Inc . (GRI
primary contractor) .

REFERENCES

Akbar, N., Mavko, G., Nur, A., and Dvorkin, J ., 1994, Seismic
signatures ofreservoir transport properties and pore fluid dis-
tribution : Geophysics, vol. 59, p . 1222-1236 .

Biot, M. A., 1956, Theory of propagation of elastic waves in
fluid-saturated porous solid : 1 . Low-frequency range, II .
Higher frequency range : The Journal oftheAcoustical Society
ofAmerica, vol. 28, p. 168-191 .

Biot, M. A., 1962, Generalized theory ofacoustic propagation in
porous dissipative media : The Journal ofthe Acoustical Soci-
ety ofAmerica, vol. 34, p . 1254-1264 .

Dvorkin, J. and Nur, A., 1993, Dynamic poroelasticity : a unified
model with the squirt and the Biot mechanisms : Geophysics,
vol . 58, p . 523-533 .

Gurevich, B . and Shoenberg, M., 1999, Interface conditions for

March-April 2001



Biot's equations ofporoelasticity: TheJournal ofthe Acousti-
cal Society ofAmerica, vol . 105, p . 2585-2589 .

Gurevich, B., Zyrianov, V . B ., and Lopatnikov, S . L ., 1997, Seis-
mic attenuation in finely layered porous rocks : Effects offluid
flow and scattering : Geophysics, vol. 62, p. 3319-324 .

Hackert, C . L ., Parra, J . O ., Brown, R . L., and Collier, H . A.,
2001, Characterization of dispersion attenuation and aniso-
tropy at Buena Vista Hills field, California : Geophysics, vol.
66,p.90-96 .

Mal, A . K., 1998, Guided waves in layered solids with interfacial
zones : InternationalJournal Engineering Science, vol. 26, p .
873-881 .

Parra, J . O ., 1991, Analysis ofelastic wave propagation in strati-
fied fluid-filled porous media for interwell seismic applica-
tions : The Journal ofthe Acoustic Society ofAmerica, vol . 90,
p . 2557- 2575 .

Parra, J. O ., 1995, A feasibility study of high-resolution reverse
VSP and interwell seismic methods for hydrocarbon reservoir
characterization : The Log Analyst, vol . 36, no . 3, p . 64-81 .

Parra, J . O ., 1997, The transversely isotropic poroelastic wave
equation including the Biot and the squirt mechanisms: The-
ory and application: Geophysics, vol . 62, p . 309-318 .

Parra, J . O., 2000, Poroelastic model to relate seismic wave atten-
uation and dispersion to permeability anisotropy : Geophysics,
vol . 65, p . 1-9 .

Parra, J . O ., Collier, H . A., Datta-Gupta, A., Owen, T.,
Peddibhotla, S., Xu, P . C ., and Zook, B., 1997, Characteriza-
tion of fractured reservoirs using static and dynamic data :
from sonic and 3D seismic to permeability distribution : Re-
port DOE/DC/91008 (DE96001284), National Petroleum
Technology Office, DepartmentofEnergy, Tulsa, Oklahoma.

Parra, J . O ., Hackert, C . L., Ababou, R., and Sablik, M. J ., 1999,
Dispersion and attenuation ofacoustic waves in randomly het-
erogeneous media : Journal ofApplied Geophysics, vol. 42, p .
99-115 .

Parra, J . O . and Xu, P.C ., 1994, Dispersion and attenuation of
acoustic guided waves in layered fluid-filled porous media :
The Journal ofthe Acoustical Society ofAmerica, vol . 95, p .
91-98 .

Schmidt, H . and Tango, G., 1986, Efficient global matrix ap-
proach to the computation of synthetic seismograms, Geo-
physical Journal ofthe Royal Astronomical Society, vol . 84,
p. 331-359 .

Sturm, S . D ., Evans, L . W., Keusch, B . F ., and Clark, W. J ., 2000,
Multi-disciplinary analysis of tight gas sandstone reservoirs,
Almond Formation, Siberia Ridge field, Greater Green River
Basin : Gas Research Institute, Report GRI-00/0026, Chicago,
Illinois .

Tang, X., Gelinsky, S ., Chunduru, R., and Cheng, C.H ., 1997,
permeability from borehole acoustic logs : an overview with
recent advance in 67th Annual International Meeting ; Society
of Exploration Geophysicists, Expanded Abstracts, p .
274-277 .

Tang, X. M., Cheng, C . H ., and Toksoz, M. N., 1991, Dynamic
permeability and borehole Stoneley waves : A simplified
Biot-Rosenbaum model : The Journal ofthe Acoustic Society
ofAmerica, vol . 90, p . 1632-1646 .

Tang, X., Altumbay, M., and Shorey, D., 1998, Joint interpreta-

March-April 2001

A Poroelastic Model with Azimuthal Anisotropy

PETROPHYSICS

tion of formation permeability from wireline acoustic, NMR,
and image log data, paper KK, in 39th SPWLA Annual
Logging Symposium Transactions : Society of Professional
Well Log Analysts .

APPENDIX
Plane wave solution of an arbitrary plane in a layered,
transversely isotropic, poroelastic medium with x being
the axis of symmetry

Unbounded medium formulation
The poroelastic model given by Parra (2000) is imple-

mented in the solution ofa plane wave propagating in an ar-
bitrary plane in a layered, transversely isotropic medium
withx being the axis ofsymmetry and interfaces parallel to
the x-y plane . To establish the solution for a layered me-
dium with a horizontal axis ofsymmetry, we recall the four
partial differential equations given in Parra (2000) . Thus,
the equation of motion involving the displacement vector
components UX , uy, u Z , and the fluid pressure p, is given by
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In equation (A.1), i is the stress tensor ofthe porous me-
dium, a is the second-rank elastic tensor, P is the compress-
ibility coefficient, and b is the normalized frequency-
dependent generalized Darcy tensor . Following Parra
(2000) and denoting the angular frequency co = 2arfwheref
is the natural frequency, (A.1) can be expressed in terms of
the 6 x 6 stiffness constants tensor C as
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The displacements and pressure are all proportional to a
factor exp[-i (~l x + ~2 y + ~z - (ot)) ; i .e.,

[uxuyuzP]T = [Ux Uy Uz P]T exp[-i (~l x + ~2 y + ~z - (ot)],
(A.3)

where the wave numbers ~ , ~ 1 , and ~ 2 are functions ofthe azi-
muthal angle S2 and the incident angle 4) as shown in Figure 1 .
Therefore the partial derivatives in (A.2) can be expressed
in terms ofconstant factors and the displacements and pres-
sure . For example aux lax =-i~lux, a 2ux / ax e = -~Iux , etc .

Substituting (A.3) into equation (A.2) yields
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To determine the complex wave numbers associated
with the quasi-P (qP) and quasi-S (qS) waves in poroelastic
media, the determinant ofthe coefficient matrix in (A.4) is
set to zero, which represents a free excitation state . This
condition gives

c6 + e4(,)2h2(CO,),Q) +
C2(t)4

h1((v,(D,Q)
+ (t) 6ho(oj,(D,Q) = 0 ,

	

(A.5)

where ho , h 1 , h 2 , and c are given in Parra (2000) . The roots
of this equation provide the wave numbers associated with
the fast and slow qP-waves and qS-waves at a specified fre-
quency.

The layered mediumformulation
To establish the general equations for waves in layered

poroelastic media we consider an incident plane wave
formed by up-going and down-going waves, respectively .
We assume that the displacement vector and pressure
within a layer are given by
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where Aj, j =
coefficients.

In (A.6), the wave propagation numbers 8, 8, and y (see

amplitude
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Parra,1991 ; Parra and Xu, 1994), as well as the ratio
Kj = uylu, forj = 1,2,3,5,6,7 are for fast and slow quasi-P
waves and quasi-SV waves . R4, R8 are the ratio uZluy for the
SH wave, respectively . Because of the symmetry of the
elastic and permeable properties in the y-z plane, we have

Coefficients [Rj, Qi], j =1,2,3,5,6,7 in equation (A.6)
represent [uZluy , plux] . They are obtained from equation
(A.4) by dividing the two sides of each equation by u,, . The
coefficients are

where
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To solve the general boundary value problem for an ar-
bitrary plane wave incidence (see Parra and Xu, 1994), we
require expressions ofall stresses and volumetric flux com-
ponents in three dimensions . These expressions can be ob-
tained directly from the constitutive relations given by
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(A.7)

(A.9)
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vides the following expression
Thus, the substitution of (A.6) into equation (A.10) pro-

Z

z

Z

z

(A.11)

where in the first three rows of the coefficient matrix

P='C33~1+C13('~2K1 -6 )Rl -a3Q1,

P2 = ZC33 ~1+C13(1 S2K2 -8)R2 - a3Q2 ,

P3 =ZC33 ~1+C13('~2K 3-Y)R3 -a3Q3 ,
P5 - ZC33y1 + C13(Z~2K5+ 6 )RS -a3Q5 ,

P6 -1C33~1+ C13('S2K6+E)R6 -a3Q6 ,
P7 -ZC33~1+C13('~2K7+Y)R7-a3Q7,

GI = 'C13 ~1 + (ICI 1 ~2 K 1 - C126 )RI -a 1 Q1 ,

G2 ='C13~I+('Cll~2K2 - C12E)R2 -aIQ2 ,

G3 -1C13 ~1+(1C11 S2 K3-C12Y)R3 -al Q3,

G5 ='C13 ~1 + (tC11 ~2 K 5 +C126 )R5 -a 1 Q5,

G6 ='C13 ~I+(1C11 S2 K6+C12E)R6 -a1Q6,

G7 ='C13 ~I + (1C11 b2 K7 +C12Y)R7 -a1Q7 ,

T = 'C13 ~1+ (1C12 ~2K 1 - Cl la )R1 -,71 Q1,

T2 =1C13 ~1+(IC12~2K2 - C11E)R2 -aIQ2 ,

(A.10)
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T3 ='C1341 + ('C1242K 3 - C11Y )R3 -dI Q3 I

T5 = 'C1341 + (1 C1242r-5 +C115 )RS -a l Q51

T6 = 'C1341 + ('C1242K6 +01]8)R6 - a 1 Q61

T7 = iC1341 +(1C1242K7 + C11Y )R7 - a1Q7'

	

(A.12)

In the remaining six rows
Ul = 2'C66 ~2RI I
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U2 = 2'C66 ~2R2'
U3 = 21066 ~2R3 I

U5 = 2iC66 ~ 2RS ,

U6 = 2iC66 ~2R6 ~
U7 =2'C66~2R7,
V =C44(- 6+i~lRI)~

V2 = C44 (- E + i ~ l R2 ),

V3 = C44(- Y+i~1R3) ,
V5 = C44(6 +i~lR5) ,

V6 = C44 (E + i ~ lR6 ),

Xl = a3 +ib3 ~1 Q1 I

X2 = a3 + ib3 ~1 Q2
X3 =a3 +ib3 Q31
X5 = a3+ib3 Q5 ,
X6 =a3 +ib3~1Q61
X7 = a3+ 1b3~1Q7,
Y1 = a,KI R 1 +'bl ~2Q1 ,
Y2 = a,K2R2 + 'bl ~2Q2 ,
Y3 = al K3 R3 + 'bl ~2Q3 ,
Y5=a,K5R5 + 'bl U5,
Y6 = ajK6R6 + 'bl ~2Q6 ,

V7 = C44 (y+ i ~ 1 R7 ),

W1 = 'C44(~2 + SIKiR1) , Zl=aIRl-bl6Q1,

W2 =1C44(~2 + ~1K2R2) , Z2= aIR2-blEQ2,
W3 -1C44(b2+SIK3R3) , Z3 = ajR3 - b1YQ3,
W5 =1C44(~2+~1K5R5) , Z5 =ajR5+~6Q5,
W6- 1C44(~2+~1K6R6) , Z6 = a1R6+4EQ6,
W7 =1C44(~2 + ~1K7R7) , Z7 = aIR7+bIYQ7' (A.13)

Y7 =a,K 7 R7 +lbl ~20,

Finally, in the fourth and eight columns we have

P4 = C13(1 ~2 -vR4) , p8 = C13('~2 +VR8) ,
G4=iC11~2 - C12VR4, G8 = iCl1~2+C12VR8 ,
T4 = 'C12~2 - C1IVR4,

	

T8 = iC12~2+C11VR8 ,

U4=C66(-V + i~ 2R4),

	

U8= C66(V+ 1~2R8) ,

V4 -1C44~1R41 V8 = 'C4441R81
W4 = 'C44~1 , W8 =1C44~1 ,
Y4=al,

Z4 = aIR4 ,
Y8 = al,
Z8=aIR8 .
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(A.14)

To solve the boundary value problem for a layered po-
rous medium formed by N parallel horizontal layers over-
lying a uniform half-space, we assume the jth layer has a
thickness hj = zj - zj-,, and is bounded by the planes z = zj_l
and z = zj . Usingj as an indicial superscript, enclosed in pa-
renthesis as a reminder that it is not an exponent, the matrix
properties ofthejth layer are denoted by the grain density

the second-rank tensor &(j ), the compressibility P(i),
the stiffness tensor C(j', the porosity cp(i), and the horizontal

kX) and vertical O~) permeability, and squirt flow lengths sx)
and sz) . Saturant fluid parameters are viscosity 17 00 , fluid
velocity VP) and fluid density PI(/) .

The global matrix solution
The above analysis provides a formulation for wave mo-

tion for thejth layer in terms of eight coefficients . To apply
the boundary conditions of continuity for fluid pressure,
displacements, and stress fields, we write field components
and pressure for thejth layer as

u; = J; e; A; ,

where
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(A.15)

The matrix J, the diagonal matrix e, and the vectorAj are
obtained from equations (A.6) and (A.11) (See Parra and
Xu, 1994) . To avoid precision problems caused by the
growing exponential in individual matrices for large wave
numbers, the global matrix method is implemented
(Schmidt and Tango, 1986; Mal, 1988) as an alternative to
the traditional propagation approach. This method allows
determination of reflection coefficients and the solution of
vector wave displacement and pressure.

Using m to label the layers, we define a full space con-
sisting of an upper half-space (where m = 1), N- 1 layers
of finite thickness labeled with m = 2, . . ., N and a lower
half-space (where m =N+ 1) . The global matrix analysis
based on equation (A.15) is written in its vector and matrix
form

[um (Z)] = [J.] [em (Z)] [Am] .

	

(A.16)

For m = 2, . . ., N, the vector [A,,] contains the unknown
wave coefficients ofwave propagation in both the positive
and negative z directions in the layer . Alternatively, due to
the radiation conditions, the upper half-space, labeled
m = 1, contains only the up-going part of the wave coeffi-
cients and the lower half-space, labeled m = N+ 1, con-
tains only the down-going part . As a result, the
corresponding [JI ], [JN+ 1 ], [e l(z)], and [eN+ 1 (z)] will take
their reduced form.

In the global matrix formulation, the boundary condi-
tions at the layer interfaces are satisfied in the form of dif-
ferences of the field amplitudes across the interface . These
conditions for the mth interface are represented using equa-
tion (A.15) by

[J.+ 1] [em + 1 (Z)] [Am+ 1] - [Jm][em(z)] [Am]

= [um + I (Z)] - [um(Zm)],

	

(A.17)

where z�, is the coordinate ofthe interface between the mth
and (m + 1)th layers . After some algebraic arrangement a
linear system of equations is produced given by

[G] [A] = [B] .

	

(A.18)
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TABLE A.1

	

Vector [A] elements .

Label of layer

	

Notation

The 8(N+ 1) x 8(N+ 1) global matrix [G] is composed
of sub-matrices obtained from [J�,], [e (z.)], and [e,,, I
(zm)], for m = 1, . . ., N+ 1 . In this case, equation (A.18) in-
cludes the upper and lower half-space . These sub-matrices
contain coefficients associated with the physical properties
ofthe skeleton and fluid ofthe layered poroelastic medium
as well as the interface coordinates . The 8(N+ 1) x 1
global vector [B] represents external excitation (e.g ., inci-
dent plane waves) in the form ofjump conditions at the in-
terfaces z�� m = 1, . . ., N+ 1, which are obtained from the
right-hand side of (A.17) . The 8(N+ 1) x 1 global vector
[A] is a collection of the unknown wave coefficients with
down-going and up-going waves in the layers . Thus for the
special case of N= 0 the dimension of the vector [A] is 8,
corresponding to the unbounded medium given by equa-
tions (A.6) and (A.11) .

Reflection and transmission coefficients
Reflection and transmission coefficients can be ob-

tained from the solution ofthe global matrix equation given
by (A.18) . In this case, the number of up-going and

March-April 2001

A Poroelastic Model with Azimuthal Anisotropy

Physical meaning

PETROPHYSICS

Remarks

down-going waves in a layer is eight : four down-going and
four up-going . These waves are the fast and slow qP, the
qSV, and the qSH waves .

To illustrate the use ofthe global matrix results, we pres-
ent the simpler problem of a P-SV plane wave incident
upon a model having isotropic elastic layers . The dimen-
sion of the global matrix [G] is 4(N+ 1) x 4(N+ 1) . That
is, each layer allows four types ofwaves, namely, up-going
and down-going P and SV waves . The upper half space
does not allow unknown down-going waves . Similarly, the
lower half space does not allow unknown up-going waves .
Thus if we take two layers in an isotropic unbounded elas-
tic medium as an example, the dimension ofthe vectors [A]
and [13] is 12 .

For an incident wave coming from the upper halfspace,
reflected and transmitted waves are produced . To describe
the meaning of each element ofvector [A], we constructed
Table A.1, which shows how the different reflected and
transmitted waves are related to the elements of [A] .

105

Upper half space Al Up-going P wave Reflected P wave
A2 Up-going S wave Reflected S wave

Layer 1 A3 Down-going P wave
A4 Down-going S wave
As Up-going P wave
A6 Up-going S wave

Layer 2 A7 Down-going P wave
As Down-going S wave
A9 Up-going P wave
A1o Up-going S wave

Lower half space All Down-going P wave Transmitted P wave
A12 Down-going S wave Transmitted S wave



In this article we present a model-based interpretation algo-
rithm to predict attenuation signatures associated with a
reservoir’s structure and its intrinsic properties. Scattering
losses are caused by multiple reflections associated with the
impedance contrast between different reservoir boundaries.
Intrinsic losses are due to the fluids in the reservoir, the rock
fabric, and the anisotropy due to vertical fractures. Because
amplitude data are sensitive to these reservoir characteris-
tics, we calculate the wave attenuation response of the reser-
voir in the frequency range of surface seismic, VSP, crosswell
seismic, and borehole sonic. A model of a plane wave trav-
eling in a poroelastic multilayer earth medium allows us to
include anisotropy. The multilayer part of the model simu-
lates elastic scattering; the poroelastic part of the model
simulates fluid-flow effects in the reservoir; and the
anisotropic part of the model simulates reservoir fractures.

One advantage of borehole seismic measurements
(including multiple-space acoustic logging, reverse VSP,
VSP, and crosswell seismic) is that they can be easily related
to petrophysics and core data. In acoustic logging, the source
and detectors are in the same well, and the petrophysics can
be directly related to acoustic attributes recorded with this
single borehole tool. However, one important issue is how
to relate high-resolution information based on core data
and well logs with lower-resolution geophysical data. Sams
(1995) addressed this problem with a processing technique
that relates high-resolution well-log data (FMI) to lower-res-
olution acoustic logging data. The technique can also be used
with crosswell high-resolution seismic data. Because these
measurements require placing sources and detectors in con-
tact with the rock formation, there is a direct relation with
the petrophysics.

Borehole-scale lithology can be related to crosswell seis-
mic measurements by a processing technique similar to that
developed by Sams when reservoirs are laminated (Hackert
et al., 2001). However, when the reservoir is heterogeneous
and includes anisotropy and different fluids (e.g., brine, oil,
or gas) making a direct correlation between borehole seis-
mic measurements and the geology and petrophysics is
more difficult. This difficulty has been observed in long-
space logging, crosswell seismic, and VSP data by Brown
and Seifert (1997). A study of scattering attenuation (reflec-
tion and radiation losses) and intrinsic attenuation (losses
associated with anisotropy due to cracks, fluid-flow inter-
action, and viscosity) effects on the seismic response must
be undertaken before any data analysis and interpretation
are performed, so realistic results can be obtained. These
effects can be addressed by computer models incorporat-
ing well-log data and core information. The simulations
become even more realistic when fluid (viscosity, fluid den-
sity, and fluid velocity) and reservoir rock properties (per-
meability, porosity, anisotropy, etc.) are considered. Asecond
important issue is to determine which measurement tech-
nique will best capture the petrophysics and thus aid in eval-
uating the acoustic/seismic responses expected in a given
geologic site based on the well-log information.

The objective of this study is to show that wave attenu-
ation is a powerful attribute that can be a lithological and
fluid indicator in a reservoir characterization program, espe-

cially when attenuation is well understood at the borehole.
To support this claim, we present attenuation profiles of fluid
saturated rocks from four sites: (1) Siberia Ridge Field, a frac-
tured tight gas-sand reservoir in Wyoming; (2) Buena Vista
Hills, a low-permeability diatomite shale reservoir in
California; (3) Ropes Field, a carbonate reservoir in Texas;
and (4) the Floridan Aquifer System, a high-permeability car-
bonate aquifer in south Florida.
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Figure 1. Lithologic column, well logs, and core data. The final track
shows the processed NMR T2 data. Red indicates a high concentration of
pores with that T2 value; blue indicates a low concentration.



We use a poroelastic model represented by the tensor
permeability and the squirt-flow tensor to simulate attenu-
ation in zones containing fluids. The model is based on
work by Parra (1997) and Dvorkin and Nur (1993). In frac-
tured rocks, we simulate a system of cracks by assuming
that the horizontal x-axis is the axis of symmetry and the
plane of the fractures is the vertical y-z plane. In this plane,
permeability is large and in the direction perpendicular to
the fractures (x), permeability has the lower matrix value.
On the other hand, to simulate flow units in carbonates and
diatomite, we assume isotropic conditions.

Application to fractured tight gas sands. We illustrate the
use of attenuation attributes based on a layered poroelastic
medium with azimuthal anisotropy to analyze whether flow
units penetrated by a borehole can be detected at seismic
scales (crosswell, VSP, and 3D seismic). We apply this con-
cept to a data set from Siberia Ridge Field, a tight gas-sand
reservoir in Wyoming. In this case, the attenuation attribute
is applied for lithology discrimination.

A lithologic column is constructed from well logs to
model a zone between measured depths of approximately
10 600-11 100 ft. We selected a stack of 114 layers to repre-
sent Almond Formation as in Parra and Hackert (2001).
Figure 1 illustrates the lithologic column, well logs, core data,
and processed NMR T2 data. Cores were taken from the rel-
atively high-porosity, high-permeability sandstones slightly
deeper than 10 600 ft. The sequence and thickness of the
model layers are determined by the lithology as interpreted
from well logs. Sandstone, shale, and coal layers have prop-
erties derived from the well logs (Table 1). One interpreta-
tion indicates that only sandstones have open fractures

(Sturm et al., 2000). Therefore shale and coal layers are
assumed isotropic in the model.

Core data provide grain density, permeability, and poros-
ity, and dipole sonic logs provide velocities. Fracture ori-
entation and apertures are derived from FMI data. The
squirt-flow lengths are estimated from thin section analy-
sis. Fracture permeability is chosen from the high end of esti-
mated fracture permeabilities at Siberia Ridge (Sturm et al.,
2000).

The model-based scheme is applied to produce responses
in the frequency domain containing the effect of scattering
and intrinsic attenuation for the sand-shale-coal sequence
in Figure 1. By comparing total attenuation with scattering
attenuation, we observe the differences associated with the
flow units. Flow units can be identified because of the
increase in attenuation due to the interaction of fluid flow
with the rock matrix. Figure 2 shows attenuation associated
with the scattering effects due to the sand-shale-coal
sequence in Figure 1. Figure 2a shows the scattering atten-
uation due to the sand-shale-coal sequence and Figure 2b
the scattering attenuation associated with the sand-shale
sequence without the coal layers. A comparison of these fig-
ures shows that scattering caused by the high impedance
contrast between the coal and the adjacent clastics is the main
cause of high attenuation in Almond Formation. These exam-
ples show the scattering effects of shales and coals and
demonstrate that the coals dominate the scattering attenu-
ation.

Next, we consider elastic and poroelastic responses for
the same sand-shale-coal layer model. Figures 3a-b show
attenuation of elastic and poroelastic responses in the pres-
ence of a plane wave incident at 45° at azimuths of 0° and
90°, respectively. In the direction normal to the fracture sys-
tem (azimuth = 0°), the poroelastic response is noticeably
greater than the elastic response in the frequency range 200-
700 Hz. Also, for angles of incidence away from the verti-
cal, there appears to be more elastic attenuation parallel to
the fracture system than perpendicular to the fracture sys-
tem. This is demonstrated in Figures 3c-d, where the angle
of incidence is increased to 75°. Because we are not model-
ing individual fractures, but only velocity and permeabil-
ity anisotropy in otherwise homogeneous layers, this effect
arises from fracture-induced anisotropy in the sandstones.
Specifically, sandstone layers have faster velocities in the par-
allel direction than in the perpendicular direction. As the
angle of incidence moves away from vertical, the sand-shale
and sand-coal reflection coefficients are higher for waves
propagating parallel to the fracture system than for per-
pendicular waves. The higher reflection coefficient leads to
increased scattering and thus more scattering attenuation.
In Figures 3a-d, the poroelastic attenuation is always high-
est for waves traveling perpendicular to the fracture sys-
tem. In this configuration, passing compressional waves
have the greatest opportunity to induce fluid flow along frac-
ture planes.

Application to siliceous shales. Buena Vista Hills is a low-
permeability diatomite shale (laminated turbidite) that is
represented as a siliceous shale-sand layer sequence. The
sands contain hydrocarbons and brine. In this example, we
use attenuation attributes to discriminate between fluids
(water and hydrocarbons) and lithology.

Buena Vista Hills is 25 miles southwest of Bakersfield,
California, in the southern San Joaquin Valley. The reservoir
rock in this field is predominantly shale, one part of which
(the Antelope Shale) is characterized by thin beds of sand
and carbonate. In this section, vertical layer thickness ranges
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Figure 2. Elastic attenuation for layered model at normal incidence. The
green line is elastic and the red line is stochastic medium prediction. (a) A
full model with coal layers. (b) A modified model without coal layers. This
model (using sand and shale only) shows a good match with stochastic
medium theory results.

Table 1. Average rock physical parameters of the main 
geologic units at Siberia Ridge
Lithology
Coal
Shale
Sand

VP (m/s)
2700
3900
4200

Porosity (%)
2
1
8.4

b)

a)



from millimeters to meters. Many thin beds are below the
resolution of well logs (Figure 4), and only the sands appear
capable of producing oil. The sands constitute just 5% of the
rock, so fractures must be contributing to hydrocarbon pro-
duction. The cores reveal the presence of sigmoidal vein frac-
tures at the interface of the siliceous shale host rock and the
vein fill. However, these fractures occur only in the Brown
Shale (the formation above Antelope Shale).

To illustrate the model-based interpretation scheme for
the siliceous shale, we model a section of Antelope Shale
Formation as in Hackert and Parra (2000). The contribution
of scattering attenuation is determined assuming a layered
shale-sand sequence earth model, which is based on rock
physical properties of the shales and sands from cores and
well logs (Table 2).

To find out whether constructive information can be
obtained from attenuation measurements when VSP and/or
surface seismic methods are used, we must study the effects
of scattering and intrinsic attenuation for a plane wave prop-
agating from the earth’s surface. We do this by using the
lithology to model laminated siliceous shale variability as
a function of depth. The plane wave propagation is typical
for surface seismic and VSP measurements.

Vertical attenuation is computed using a poroelastic lay-

ered model. We predict the poroelastic attenuation for flow
in water-saturated (Figure 5a) and oil-saturated sands
(Figure 5b). In sands the squirt-flow length is 1 mm; viscosity
(η), density (ρf), and velocity (vf) of the oil are 1.8 poise, 0.88
g/cm3, and 1449 m/s, respectively. For sand saturated with
water, these parameters are 0.01 poise, 1.0 g/cm3, and 1500
m/s. Each layer in the earth model is assumed isotropic and
homogeneous. These results demonstrate that attenuation
in the vertical direction is associated with combined scat-
tering and fluid-flow effects. That is, vertical attenuation is
controlled by the average permeability of the siliceous lam-
inated shales (on the order of microdarcies), squirt-flow,
and the variability of the sand-shale sequence in the Antelope
Shale, where the lithology is predominantly diatomite shale,
with many thin sand beds. The predicted poroelastic atten-
uation profiles based on an analytical solution incorporat-
ing the medium properties are shown as heavy solid curves
in both plots of Figures 5a-b. The plots clearly show that
attenuation associated with the hydrocarbons is greater than
attenuation due to scattering and brine. However, any
attempt to use attenuation or dispersion to predict fluid-flow
effects at Buena Vista Hills must be based on relatively high-
frequency information. Sequences with thicker laminations
will have scattering effects at low frequencies, and localized
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Figure 3. Attenuation of plane wave at oblique incidence to the Siberia Ridge Almond Formation. Green line is elastic only, red line is poroelastic. As
the angle of incidence moves away from vertical, the effect of the fractures can be seen in the attenuation at moderate frequencies for the 0° azimuth.

a) b)

c) d)



intrinsic attenuation will add directly to the scattering atten-
uation.

Application to a carbonate reservoir. The Ropes Cisco
Canyon reef carbonate reservoir is six miles northwest of
Ropesville, Texas. The oil zones in this reservoir are in Cisco
and Canyon Formations, where characterization of pro-
ductive facies and porosity types of many
of the productive and nonproductive inter-
vals is an important issue. Particularly
important is the definition of any lateral
and vertical permeability barriers that may
influence secondary flooding. These issues
can be addressed by understanding the
intrinsic and scattering attenuation and by
the use of well-log data. Once losses due
to different lithological units are assessed
at the borehole scale, they can be integrated
with those determined from surface seis-
mic data to map lateral flow units.
However, in this application we focus only
on attenuation responses at the borehole
scale.
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Figure 5. Scattering and intrinsic attenuation signatures based on the
lithology in Figure 4. The simulated poroelastic attenuation profile is red.
The average elastic scattering background is a green line. The predicted
poroelastic attenuation profile based on an analytic solution incorporating
the medium properties is a blue curve. The figure compares (a) water-
saturated and (b) oil-saturated responses versus scattering.

b)

a)

Figure 6. Well logs for 500 ft (150 m) of Cisco
Formation at Ropes Field in west Texas. The last track
shows NMR-derived permeability (black) and
Stoneley wave-derived permeability (red).

Figure 4. Lithology from core, and well logs from a 30-m section of the
Buena Vista Hills reservoir. Lithology is predominantly diatomite shale,
with many thin sand beds.

Table 2. Properties of Buena Vista Hills sediments for the 
layered model*
Property
Uniaxial modulus

(GPa)
Density (g/cm3)
Permeability (md)
Porosity (%)
Squirt-flow length
(mm)
Solid grain bulk 

modulus (GPa)

Shale
11.3

1.90
0.05
27
0.01

26.8

Sand
16.5

2.20
10
27
1

37.9

Weighted avg.

11.9

1.93

Std. deviation
14%

5%

*The volume weighted average is based on the actual lithology prevalence of 11%
sand by volume. The squirt-flow length is estimated as 20 times the pore throat
radius (based on mercury porosimetry measurements) for each lithology. The 
uniaxial modulus is = �V2.



We apply the poroelastic modeling approach to Cisco
units 7 and 6 of a limestone sequence intercepted by well
1-12. In this well, standard and modern well logs were run
to test their ability to characterize the formation surround-
ing the borehole. In particular, NMR well logs and full wave-
form sonic were acquired to predict permeability and
porosity. Stoneley wave attenuation was processed for per-
meability and calibrated with cores. Also, T2 distributions
were processed for matrix permeability and porosity in the
same borehole region. Figure 6 shows permeability and
porosity based on these well logs. For comparison, the fig-
ure also shows P-wave velocity and density. In general, the
patterns of Stoneley wave and NMR permeability are the
same, although Stoneley wave permeability is slightly higher
than NMR permeability. Based on rock physical property
measurements in carbonates (Parra et al., 2001), the NMR
well log captures the matrix permeability of the reservoir
rock. The Stoneley wave attenuation is sensitive to fluid-flow

effects and scattering effects due to reservoir heterogeneities.
Thus, the derived Stoneley wave permeability captures the
bulk permeability of the region surrounding the borehole.

Although these logs provide information on matrix and
bulk permeabilities, they do not give information about the
correlation lengths of the pore structure at these two scales.
Based on existing limestone data from other carbonate reser-
voirs (Parra et al., 2001), we assume a squirt-flow length of
1 mm for the prediction of attenuation attributes based on
the Ropes lithology of well 12-1. The attenuation profiles
for 500 ft (150 m) of Cisco Formation at Ropes Field are
shown in Figure 7a. Poroelastic attenuation is based on the
NMR- and Stoneley wave-derived permeabilities. These
two attenuation profiles are then compared with elastic
attenuation. Attenuation associated with NMR-derived per-
meability is slightly greater than attenuation associated with
Stoneley wave-derived permeability. For the same pore
structure model, we expect that fluid flow in the more per-
meable region, captured by the Stoneley wave attenuation,
will be more relaxed than fluid flow in the less permeable
matrix captured by NMR well-log data.

To illustrate the affect of the pay zone partially saturated
with oil and water, we create a model that includes this zone
and the lithology based on the previous NMR-derived per-
meability model. The attenuation profile is obtained assum-
ing oil-saturated carbonates in the zone of permeability
greater than 1 millidarcy near 9270-9290 ft and assuming
brine saturates the rest of the formation. The poroelastic
attenuation response of this model is compared with the
poroelastic response of a water-saturated carbonate model
in Figure 7b. As expected, attenuation in the partially oil-
saturated carbonate model shows a significant increase over
attenuation in the water-saturated carbonate model. This
phenomenon was also observed at Buena Vista Hills.

Application to a carbonate aquifer. The heterogeneous con-
ditions of carbonate formations make it difficult to integrate
well logs with interwell and surface seismic data. A descrip-
tion of the carbonate aquifer from pore to field scales is crit-
ical to properly predict permeability and porosity. The
carbonate rocks of the Floridan Aquifer in south Florida gen-
erally have broad pore size distributions, from microcrys-
talline to large vugs. These pore spaces and their geometries
are crucial to understand hydrocarbon reservoir character-
ization, and hydrological and environmental issues (par-
ticularly those related to aquifers frequently found in
carbonates). In this application, we demonstrate that atten-
uation attributes can discriminate between flow units hav-
ing different pore structures and elastic scattering.

The hydrological area of interest is in the western
Hillsboro site, approximately 25 miles west of the Atlantic
Ocean and 15 miles west of the western boundary of the
city of Boca Raton in unincorporated Palm Beach County,
Florida. In this area, an exploratory well provides hydro-
logical information on the Floridan Aquifer System.

The Upper Floridan aquifer in the western Hillsboro
Basin consists of thin, highly permeable water-bearing hori-
zons interspersed within thick, low-permeable units of
Oligocene to middle-Eocene aged sediments. These units
include the Suwanee Limestone, Ocala Limestone, and Avon
Park Formation.

Based on well logs from well PBF10 (Figure 8), we con-
struct a multilayered poroelastic model for the carbonate
aquifer at 1000-1200 ft (305-366 m). The model is based on
a carbonate lithology formed by five petrophysical facies
(Figure 9). In the figure, green (facies 1) represents a rock
fabric of low porosity and low permeability with isolated
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Figure 7. Attenuation responses based on well logs in Figure 6. (a) The
poroelastic attenuations based on NMR permeability and Stoneley wave
permeability are compared to each other and to the elastic attenuation, and
(b) comparison of poroelastic attenuation between oil-saturated and
water-saturated zones.

b)

a)



moldic porosity. Red (facies 2) denotes high porosity and
high permeability with connected porosity. Purple (facies
3) indicates a high-porosity, low-permeability sandstone
with small interparticle porosity. Orange (facies 4) specifies
a very high-porosity and very high-permeability pore struc-
ture with well connected vuggy and interparticle porosity.
Finally, blue (facies 5) denotes very high porosity and very
low permeability with isolated moldic, interparticle and
intraparticle porosity. Based on cores and thin section analy-
sis, we assigned a squirt-flow length of 1 mm to the low-
permeability zones, which are characterized by a pore
structure of short correlation length. The zones with inter-
mediate permeability are characterized by correlation
lengths of 2-3 mm. These zones are formed by separated
vugs and matrix permeability on the order of 30-80 md.
Based on CT scan imaging and data analysis we find that,
in the region of interconnected vugs associated with high
permeability, the pore structure exhibits a correlation length
on the order of 15 mm.

Our goal is to predict the total poroelastic attenuation
associated with the vuggy carbonate aquifer. Figure 10a
compares total attenuation of the vuggy carbonate and atten-
uation based on the porous matrix only. The presence of vugs
increases attenuation for frequencies greater than 300 Hz.
Although total poroelastic attenuation due to fluid-flow
effects in the vugs and matrix is much greater than the poro-
elastic attenuation due only to fluid flow in the rock matrix,
the fluid and rock matrix interaction produces an attenua-
tion that is greater than the scattering attenuation (or elas-
tic attenuation) for frequencies greater than 400 Hz (Figure
10b). In the range of crosswell seismic and sonic logs, fluid-
flow effects can be predicted and, as a consequence, per-
meable zones can be inferred from attenuation attributes.
In particular, attenuation measurements can help predict the
presence of interconnected vugs in the carbonate rock, where
most high permeability occurs.

Conclusions. The examples show how intrinsic and scat-

tering attenuation are related to fluid-flow and elastic losses
associated with reflections and radiation in four reservoirs.
We show how attenuation responses can be predicted with
well log information from one well. The results suggest that
attenuation attributes can be used as lithologic and hydro-
carbon indicators. The results show also that, in general, the
use of attenuation or dispersion to predict fluid effects must
be based on relatively high-frequency information typically
provided by borehole measurements.

The modeling results in Siberia Ridge Field indicate that
cracks in tight gas sands can be detected using seismic meth-
ods with frequencies of 10-1000 Hz at azimuths less than
30° and angles of incidence near 90°. The results also sug-
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Figure 8. Well logs for 200 ft (60 m) of a Florida carbonate aquifer. The far right plot shows T2 distribution in the color scale and overlain red lines.
The white log is the median T2 value, and the thick red line is the variable T2 cut-off.

Figure 9. Correlation between the permeability log and five petrophysical
facies. Two thin sections of magnification 20 based on core samples at
1060.5 and 1126.5 ft show the pore structures of facies 3 and 4, respec-
tively. The top thin section shows very fine grained, dolomitic, fossilifer-
ous sandstone lithofacies. This facies has high porosity, predominately
interparticle with medium permeability. The bottom thin section shows
foram pellet packstone lithofacies. This facies has very high porosity,
vuggy and interparticle with high permeability.

b)
a)

c)



gest that attenuation is sensitive to fluid flow in the tight
sands above 1000 Hz at azimuths greater than 60°. Thus, to
map fractures in low-permeability and low-porosity envi-
ronments would require multiple frequency measurements
in the range of sonic logs and long-space logging or high-
frequency VSP measurements. To separate intrinsic effects
from scattering effects associated with the shale-sand-coal
layer sequence would require measurements at a minimum
of two frequencies (sonic and VSP).

Attenuation profiles based on the Buena Vista Hills
lithology suggest that fluid-flow effects associated with oil-
saturated sands can be captured by borehole measurements
such as long-space sonic and high-resolution crosswell seis-
mic. The viscosity of the saturating fluid has a dramatic effect
on the attenuation response in the frequency range of 1000-
10 000 Hz. A similar effect is observed in the attenuation
response at Ropes Field, but there the frequency at which
attenuation begins to increase is about 300 Hz.

Attenuation responses in carbonate rocks from the south
Florida aquifer show that attenuation is sensitive to inter-
connected and separated vugs at frequencies greater than

300 Hz, and that total poroelastic attenuation due to fluid
flow effects in the vugs and matrix is much greater than the
poroelastic attenuation due only to fluid flow in the rock
matrix. This suggests that attenuation attributes, as well as
lithology, can be used to discriminate between vuggy and
matrix porosity.

In summary, we provide a modeling approach based on
borehole data to predict whether flow units can be detected
at acoustic and seismic scales. The flow units are constructed
using core and borehole data to predict attenuation
responses at the borehole and crosswell scales. The results
show that the model-based interpretation approach is a
practical tool that can assist petrophysicists and geophysi-
cists, because it can be applied to other reservoirs with dif-
ferent petrophysical characteristics and reservoir parameters.
In fact, the lithology and the fluid parameters can be easily
input in the modeling software to produce attenuation attrib-
utes that are sensitive to other reservoir properties. An
understanding and knowledge of these modeled attributes,
usually supported with log information, can be related to
attenuation attributes obtained from VSP, crosswell, and
surface seismic data. As a result, attenuation attributes can
describe lithology and the presence of fluids in the inter-
well region of a reservoir. Thus, they are important litho-
logic and hydrocarbon indicators that should be
incorporated into reservoir characterization programs.
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Figure 10. Attenuation responses based on well logs in Figure 8. (a)
Comparison between attenuation based on a matrix permeability model
and attenuation based on a vuggy permeability model, and (b) between
poroelastic attenuation (water saturated) and scattering attenuation.
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Characterization of fractured low Q zones at the
Buena Vista Hills reservoir, California

Jorge O. Parra∗, Chris L. Hackert∗, and Pei-Cheng Xu‡

ABSTRACT

We show that attenuation of high-resolution interwell
seismic and acoustic waves based on velocity disper-
sion analysis relates to fluid-flow effects in fractured and
shale–sand sequence formations at the Buena Vista Hills
reservoir, California. Fractured low quality factor (Q-
factor) zones in the Brown Shale and Antelope Shale
reservoir intervals in the Monterrey Formation corre-
late with a system of fractures having permeabilities of
2.5 to 5 md. Vertical fractures oriented at azimuths from
0◦ to 30◦ are detected in the frequency range of 1 to
10 kHz. We establish that a poroelastic model based on
the Biot/squirt-flow (BISQ) mechanism can be used to
relate the low Q-factor zones in the Brown and An-
telope Shales. Because the Brown Shale has no sands,
we use it to evaluate a fracture system’s response to at-
tenuation. We adapt the BISQ mechanism to simulate
fluid flow in fracture-induced anisotropy, which provides

flow properties parallel and perpendicular to fractures
in the siliceous shale formations. The model assumes
that the principal axes of the stiffness tensor are aligned
with the axes of the permeability and squirt-flow ten-
sors. We simulate the fracture system by assuming that
(1) a squirt-flow length on the order of centimeters rep-
resents fluid flow in fractures and (2) a squirt-flow length
<1 mm represents flow in low-permeability shales. Two
types of fractures at the site are joint-like tectonic frac-
tures and sigmoidal vein fractures. Their fracture per-
meability (approximately 5 md) and squirt-flow lengths
(between 1 and 2 cm) predict a Q-factor of about 20 that
fits the observed Q-factor in the Brown Shale. We find
that fractures associated with squirt-flow lengths ≥3 cm
are sensitive to horizontal attenuation for a frequency
range of 120 to 1000 Hz. In addition, the horizontal
Q-factor derived from sonic and crosswell data is about
five times less than the vertical Q-factor associated with
waves originating from the earth’s surface.

INTRODUCTION

Background

The Buena Vista Hills field is located 25 miles (40 km) south-
west of Bakersfield in the southern San Joaquin Valley of
California (Figure 1). Chevron USA Production Company
studied the Antelope Shale at the Buena Vista Hills field to
establish the viability of CO2 enhanced oil recovery (Morea,
1999). In particular, the study focused on a new infill well
(653Z) and the four 1950s wells that surround it (553, 563,
554, and 564). These five wells, shown in Figure 2, were used
for a CO2 pilot flood program, with the infill well serving as
the injector. Core analysis of the shale–sand sequence at this
field showed layering too fine to be resolved by sonic logging.
In some sections the layer thicknesses range from a fraction of
a centimeter to tens of centimeters, while in others the zone
bed thicknesses vary from centimeters to meters. These thin
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beds are associated with turbidite deposition and contribute to
apparent anisotropy in the sonic to seismic frequency range.

Two of the authors [Parra et al. (1998) and Hackert et al.
(2001)] have studied scattering attenuation associated with the
laminated siliceous shale and intrinsic attenuation associated
with the sands on acoustic/seismic waves in the Antelope Shale.
They have separated intrinsic properties from scattering effects
associated with the laminated medium and have obtained ef-
fective quality factor (Q-factor) as a function of depth, which
represents energy losses of seismic waves propagating in the
reservoir interwell region.

Buena Vista Hills consists of a northwest–southeast-
trending, doubly plunging anticline with two structural highs.
The study area is located on the west high, or West Dome. The
producing interval is a 1300-ft- (396-m) thick section of the
Upper Miocene Monterrey Formation. Locally, the interval is
referred to as the Antelope Shale and is divided into three units:
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the Brown Shale (upper quarter), the Upper Antelope Shale
(middle half), and the Lower Antelope Shale (lower quarter).
Geochemical analysis of the produced oil suggests that most
of the present production comes from the Brown and Upper
Antelope Shales (M. Morea, 1998, personal communication).

Approximately 95% of the Antelope Shale consists of thin
(1–5 cm), graded, clay-free, siliceous shale beds. Intercalated
with the shales are very thin (1 mm to 25 cm) clayey sand
laminae and carbonates. The entire 954-ft (291-m) core inter-
val of well 653Z contains 748 sand laminae; all but one are in
the Upper Antelope Shale. The cores average 28% porosity
but only 70 µd permeability as a result of low permeability
in the siliceous shale. Only the sands appear capable of pro-
ducing oil (Morea, 1999). The sands constitute just 5% of the
rock, so we conclude that fractures are contributing to hydro-
carbon production. The extent of fracturing in the Antelope
Shale and the significance of the fractures in fluid transport are
subjects of debate. Pressure buildup analyses indicate the frac-
ture system is not pervasive. Cores and image logs, however,
indicate that fractures are widespread and occur on several
scales (Morea, 1999). The cores also reveal the presence of sig-
moidal vein fractures at the interface of the siliceous shale host
rock and the vein fill. However, these fractures occur only in
the Brown Shale, according to Jacobs (1999), who has stud-
ied how sigmoidal veins enhance the permeability of siliceous
shale reservoirs.

FIG. 1. Map of Buena Vista Hills field, Kern County, near
Bakersfield, California.

FIG. 2. Structural map showing depth elevation (feet) and well
locations. The contours are depth of target interval.

Objectives

The main objectives of this work are (1) to explore the use of
horizontal attenuation to detect fractures based on sonic and
high-resolution crosswell seismic data, (2) to evaluate whether
vertical seismic profiling (VSP) or surface seismic measure-
ments are sensitive to fluid-flow effects at the Buena Vista Hills
field, and (3) to use the theory of poroelasticity to simulate fluid
flow in fracture-induced anisotropy.

To reach these objectives, we use petrophysics and disper-
sion results from Hackert et al. (2001) along with a poroelastic
model that relates P-wave attenuation to tensor permeability
(Parra, 1997, 2000; Dvorkin and Nur, 1993; and Akbar et al.,
1994).

Akbar et al. (1994) consider wave-induced squirt fluid flow
on two scales: (1) local microscopic flow at the smallest scale
of saturation heterogeneity and (2) macroscopic flow at the
larger scale of fluid-saturated and dry patches. They observe
two peaks of acoustic wave attenuation: one at low frequency
(caused by macroscopic squirt flow) and another at higher fre-
quency (caused by local flow). We apply this concept to sim-
ulate fluid flow in fracture-induced anisotropy to demonstrate
that fractures contribute to attenuation at the Buena Vista Hills
reservoir. To address vertical attenuation, we use the plane-
wave solution of an arbitrary plane in a layered transversely
isotropic (TI) poroelastic medium. We briefly describe the so-
lution in the Appendix, and we use it to analyze the effect
on vertical attenuation of fluid flow in fractures and sands in
the siliceous shale. We then simulate the responses based on
a shale–sand layer sequence and a shale–shale fractured-layer
sequence.

DATA ANALYSIS AND INTERPRETATION

Method

To simulate a fractured zone containing fluids, we adopt a
poroelastic model that includes stiffness constant, squirt flow,
and permeability tensors. We simulate a fracture system by
assuming that the horizontal x-axis is the axis of symmetry.
Figure 3 is a 3-D view of the fracture medium with the
horizontal axis x illustrating an arbitrary plane characterized
by an azimuthal angle Ä measured from the horizontal x-axis
and an incident angle 8 measured from the z-axis. To relate
attenuation and dispersion to fractures in shales, we define the
plane of the fractures (yz) as one of high permeability and the
plane perpendicular to the fractures (x) as low-permeability
shales. In addition, the model assumes that the principal axes
of the stiffness constant tensor are aligned with the permeabil-
ity and squirt-flow tensors. To simulate the fracture system we
consider two scales: (1) a squirt-flow length of centimeters to
represent fluid flow in fractures and (2) a squirt-flow length
≤1 mm to represent flow in the unfractured rock (on the order
of the grain scale). These two squirt-flow lengths are used to
simulate attenuation associated with fluid transport properties
in a porous medium, and they represent fluid flow in fracture-
induced anisotropy.

In the model study described below, the macroscopic squirt
flow (in the yz-plane) represents fluid flow in the fracture plane.
The representation of a system of fractures based on macro-
scopic squirt flow is practical since we expect nonuniform fluid
distribution in a fracture plane. Because the stiffness constant
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in the yz-plane can be related to fracture density, the variation
in fluid dynamic pressure resulting from fracture-related flow
can simulate the effect of fluid-filled fractures on attenuation.

To address vertical attenuation effects at the Buena Vista
Hills reservoir, we simulate the seismic response of a siliceous
shale–sand sequence containing vertical fractures. To clarify
the procedure involved in the calculations, we present (Ap-
pendix) the solution of a plane-wave incident to a layered
poroelastic TI medium having the horizontal x-axis of symme-
try. The solution simulates azimuthal anisotropy caused by ver-
tical fractures in the layers. Fluid flow in the fractures is charac-
terized by the permeability and squirt-flow tensors. Each layer
has its own degree of anisotropy. Therefore, the complete seis-
mic response is formed by the scattering associated with multi-
ple layer boundaries, the fracture-induced anisotropy from ver-
tical fractures, and the fluid flow in fracture-induced anisotropy.

Basis for fracture model

One impetus for this work is to find the causes of the low
Q-factor anomalies derived from velocity dispersion in a low-
permeability formation (Hackert et al., 2001). Another moti-
vating factor is the possible use of dispersion measurements to
map fracture densities at distances from the borehole. These
ideas were developed after two types of fractures were discov-
ered in the cores (M. Morea, 1998, personal communication)
at the site of low Q-factor.

The first type of fracture was sigmoidal vein fractures at the
interface of siliceous shale host rock and vein fill. These short
(0.4–8 cm long), vertical, en echelon fractures are restricted
to the Brown Shale and are the most common fractures per-
pendicular to bedding in the formation. Based on permeability
core measurements, Jacobs (1999) notes that sigmoidal veins
enhance the permeability of siliceous shale reservoirs. Jacobs
demonstrates that the permeability increase results from sec-
ondary fractures that form along vein margins and serve as
conduits for hydrocarbon migration. He also observes that dis-
solution of the siliceous shale host rock increases porosity up to

FIG. 3. A 3-D view of a fracture medium with the axis of sym-
metry perpendicular to the z-axis, showing the orientation of
the azimuthal and propagation angles.

50% in local areas. Such an increase further enhances the per-
meability of sigmoidal vein fractures formed at the interface.

The second fracture category is joint-like tectonic fractures
with nearly vertical dips and heights averaging 0.44 ft (13 cm).
Fracture densities range from 0 to 12 fractures per 20-ft (6-m)
interval, with the highest density occurring in the Antelope
Shale. Large fractures, microfaults, and faults with an attitude
perpendicular to bedding are scattered throughout the entire
cored interval.

Hackert et al. (2001) demonstrate using dispersion analysis
that the intrinsic losses in the Antelope Shale are associated
with fluid flow in the sand beds and that the Brown Shale is
characterized by the effective Q-factor log that represents in-
trinsic losses in the laminated diatomaceous shale. Since there
are no sands in the Brown Shale, there is a high probability that
the uppermost effective low Q-factor is caused by the presence
of fluid flow in open fractures rather than by the laminations
themselves. The only data available to verify this statement are
from the core fractures.

Crosswell seismic data

A crosswell data set was recorded between the injector and
the four producer wells. In each case, the source was placed in
the producer well, the receiver in the injector well. Sources and
receivers were at 5-ft (1.5-m) intervals over a range of about
1500 ft (457 m). Waveforms were recorded with 30 000 source–
receiver combinations for each well pair. The resulting tomo-
grams yielded compressional-wave velocity information with
2-ft (61-cm) vertical resolution and approximately 5-ft (1.5-m)
horizontal resolution, depending on the specific profile (Wang
et al., 1998). As an example, a tomogram profile between wells
653Z and 553 is shown in Figure 4. The high-resolution image
captures the siliceous shale–sand layer sequence that repre-
sents the laminated turbidite reservoir at the interwell seismic
scale.

In addition, a Q-factor profile was determined from velocity
dispersion analyses based on sonic and crosswell seismic data
in the region between 4000 and 4300 ft (1220 and 1310 m) of
infill well 653Z (Hackert et al., 2001). The profile exhibits two
low Q-factor anomalies: a shallow anomaly in the Brown Shale
and a bottom anomaly in the Antelope Shale. Hackert et al.

FIG. 4. The P-wave velocity image between wells 553 and 653Z
at Buena Vista Hills.
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demonstrate that the low Q-factor in the Antelope Shale is in
part because of the presence of scattering/intrinsic attenuation
and fluid-flow effects in the sands.

In the following section, we construct a fracture-based earth
model of the siliceous shale to relate fractures with acous-
tic data at the Buena Vista Hills field. We use the model
to calculate attenuation responses to match the observed
Q-factor log.

Relation between fractures and horizontal attenuation

Attenuation was determined via velocity dispersion by in-
tegrating crosswell seismic data with well logs and cores. This
concept relates the high-frequency (∼10 kHz) sonic logging
velocity VSONIC to the lower frequency (1000 Hz) observed
crosswell velocity VXWELL by

VSONIC = VXWELL +1VSC +1VI ,

where 1Vsc is the change in velocity resulting from the effects
of elastic scattering and1VI is the change in velocity associated
with intrinsic attenuation. Theoretical considerations require
that1VI always be positive, assuming that the sonic frequency
is higher than the crosswell frequency. The goal is to estimate
the scattering part (1Vsc) and then to extract the unknown
intrinsic dispersion from the known data. Since 1Vsc arises
from stratigraphy, impedance, and anisotropy, it is possible to
predict it using elastic models.

The attenuation log resulting from this velocity dispersion al-
gorithm represents effective attenuation between the 653Z and
564 wells at the depth of interest as given in Figure 5. This figure
also shows the correlation between Q-factor as a function of
depth and lithology. The low Q-factor zone between 4000 and
4100 ft (1219 and 1250 m) correlates with the fractured Brown
Shale, as will be demonstrated. The horizontal P-wave velocity
determined from zero-vertical-offset waveforms is depicted in
Figure 5 by a low velocity that correlates with the Brown Shale
fractured zone.

The second low Q-factor zone, between 4150 and 4300 ft
(1264 and 1310 m), correlates with the sand and carbonate
beds in the Antelope Shale. Attenuation from the sands is rep-
resented by the Biot/squirt-flow mechanism. The application of
this model suggests that, between 4150 and 4300 ft (1264 and
1310 m), horizontal attenuation is controlled by fluid flow in the
sands, and the shales have a relatively low intrinsic attenuation
compared to the permeable sand beds.

Next, we evaluate the low Q-factor anomaly in the Brown
Shale Formation that exists between 4000 and 4100 ft (1219
and 1250 m) in profile as shown in Figure 5. To relate the pres-
ence of fractures in the shale to seismic wave attenuation, we
select the range of frequencies used in crosswell and sonic logs
at the Buena Vista Hills field. We develop computer models
based on rock physical parameters, well logs, and core frac-
ture information. Model parameters follow the work of Jacobs
(1999) and Morea (1999). Jacobs provides information on sig-
moidal en echelon fractures, and Morea provides information
on joint-like tectonic fractures, both of which correlate with
the low Q-factor and low-velocity zone observed in the Brown
Shale. To demonstrate quantitatively that fractures do affect
the attenuation of acoustic and seismic waves, we simulate the
low Q-factor in the Brown Shale with the fracture model given
in Figure 3.

We calculate vertical permeability from core data on frac-
ture aperture and density associated with joint-like tectonic
fractures. We do not know the exact density or lengths of the
fractures that may occur in the interwell region; however, we do
know the range of fracture densities from cores [0–12 fractures
per 20 ft (6 m)]. We also know that average fracture aperture
is about 0.03 mm.

As pointed out by Aguilera (1998), open fractures can
greatly increase a rock’s total permeability. The intrinsic per-
meability (in darcys) of a fracture having a width w (in inches)
is expressed as follows:

ki = 54× 106w2.

The higher fracture permeability ki only exists parallel to
the strike of the fractures, while permeability perpendicular to
strike would be approximately equal to matrix permeability.
Fracture permeability ki corresponds to single-point proper-
ties. We can extend the fracture permeability ki by representing
bulk properties of the fracture system for one set of parallel
fractures with the equation

kz = kiw/d,

where d is the distance between fractures.
For a fracture aperture of 0.03 mm (0.00122 in.), ki =

81 darcies. Thus, for a minimum separation of one fracture ev-
ery 20 inches (0.49 m) [based on a maximum fracture density
of 12 fractures per 20 ft (6 m)] or one fracture every 40 inches
(0.98 m) [based on an average fracture density of 6 fractures
per 20 ft (6 m)], bulk permeabilities are kz= 5 and 2.5 md, re-
spectively. The vertical permeability value of 5 md is about the
same as the average permeability of sigmoidal veins measured
by Jacobs (1999). For the model, we selected permeabilities
perpendicular and parallel to the fracture system of kx = 50µd
(determined from Figure 5) and kz= 5 md, respectively.

To calculate attenuation as function frequencies using the
BISQ flow mechanism, the only unknown parameter is the
squirt-flow length associated with the flow motion in the frac-
ture. This parameter can be determined by calculating attenua-
tion curves based on the model of Figure 3 and the parameters
given in Table 1. Rock physical parameters such as stiffness
constants, permeability, porosity, and fluid properties are ap-
plied to produce attenuation and dispersion curves for different
azimuthal angles. In this example we vary the vertical squirt-
flow length. Since the oil saturation of the study region is small,
total attenuation is calculated assuming water as fluid.

Figure 6 illustrates attenuation curves computed with squirt-
flow lengths of 1 to 3 cm, for an angle of incidence of 90◦, to
simulate energy propagating parallel to the stratification. The
curves represent attenuation responses for azimuths of 0◦, 30◦,
and 45◦. The attenuation curves are calculated by considering
these squirt-flow lengths at azimuthal angles between 0◦ and
45◦, and we calculate Q-factor for a frequency range of 1000
to 10 000 Hz. In general, as squirt-flow length increases, the
attenuation peak shifts toward the low frequency; for azimuthal
angles perpendicular to the fracture system, the attenuation is
maximum. In the frequency range and azimuthal angles under
study, average Q-factor is between 14 and 60.

The modeling results demonstrate that the average Q-factor
of 20 in the frequency range of 1000 to 10 000 Hz fits the
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effective low Q-factor anomaly in the Brown Shale. Thus, a
squirt-flow length of 1 to 2 cm in an open fracture produces the
low Q-factor anomaly observed in Figure 5. These squirt-flow
lengths are less than the average joint-like 0.44-ft (13-cm) tec-
tonic fractures and near the average of the en echelon fractures
(0.4–8 cm). This implies that the fractures are partially satu-
rated, which allows fluid to flow when seismic waves propagate
at an angle of incidence transverse to the fracture zone.

We compute attenuation curves at azimuths of 30◦ and 45◦

to illustrate how the Q-factor increases when a fracture zone
is oriented at an azimuth angle that is not perpendicular to

FIG. 5. Petrophysics logs of a selected interval in the Antelope Shale Formation (4000–4350 ft, or 1220–1326 m),
Buena Vista Hills field. The Q-factor and Vp logs are computed from velocity dispersion data (between 1000 and
10 000 Hz) and are plotted versus measured depth.

the direction of seismic wave propagation. The results of this
interpretation are supported by the vertical open fractures en-
countered in cores at a depth of 4104 ft (1250 m) (M. Morea,
1998, personal communication). In this zone the Q-factor is
greater than 25 and is associated with a squirt-flow length of
2 cm and an azimuthal angle of 30◦. In addition, an open frac-
ture encountered at a depth of about 4130 ft (1259 m) correlates
to a Q-factor of 20 at that depth. We also calculate Q-factor
values of 15, 19, and 28 in the range of 120 to 1000 Hz and
illustrate in Figure 6c that attenuation can be affected by fluid
flow in fractures associated with a squirt flow of 3 cm.
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This analysis suggests that a fracture permeability of 5 md
and fractures having squirt-flow lengths between 1 and 3 cm
comprise the most probable model to characterize the effec-
tive medium surrounding the borehole. In this case, the low Q-
factor of 20 represents a fractured zone in a low-permeability
medium oriented parallel to the borehole axis. Such a low Q-
factor, based on dispersion data, is expected from fractures
in a high-porosity compliant host rock (at the Buena Vista
Hills Formation, porosity is about 27%). This statement can
be explained by the physics of acoustic waves in poroelastic
media (Biot, 1962). In general, a P-wave propagating through
a porous medium forces the pore spaces to alternately expand
and contract. This local change in pore volume and pressure
may cause the saturating fluid to flow from contracting to ex-
panding pores such that the fluid is not at rest relative to the
solid. Fractures oriented perpendicular to the direction of wave
propagation allow fluid to move from zones of high to low sat-
uration. The squirt-flow mechanism is believed to be the dom-
inant contributor to experimentally observed attenuation in
sedimentary rocks (Bourbié et al., 1997).

Relating vertical attenuation to fluid-flow effects
at the Buena Vista Hills reservoir

We found that attenuation based on sonic and crosswell seis-
mic measurements indeed captures the intrinsic properties of
the formation. Specifically, attenuation effects are derived by
analysis and interpretation of the two Q-factor lows given in
Figure 5. The results provide practical information that can
be integrated with attenuation tomography imaging between
wells (Wang, 1998). Since we know how Q-factor can be re-
lated to fracture density at the borehole, it may be possible to
relate attenuation tomography data to fracture density. Thus,
by extracting amplitude information from the multiple offset
interwell seismic data set, we can map fracture density in the
interwell region of the Buena Vista Hills field.

However, to demonstrate the applicability of VSP and sur-
face seismic measurements in mapping petrophysical proper-
ties at Buena Vista Hills, we use the lithology given in Figure 5
and a computer modeling program based on the solution given
in the Appendix. To find out whether constructive information
can be obtained from attenuation measurements when VSP
and/or surface seismic methods are used, we must study the

Table 1. Properties of the siliceous shale in the interval
between 4000 and 4300 ft (1219 and 1310 m) at the Buena
Vista Hills field.

Parameter Unit Formation values

Stiffness constants


C11 GPa 11.3
C13 GPa 5.4
C33 GPa 10.8
C44 GPa 2.7
C66 GPa 2.82

Porosity, φ % 27
Grain modulus, Ks GPa 26.76
Grain density, ρs g/cm3 1.9
Fluid velocity, v f km/s 1.5
Fluid density, ρ f g/cm3 1
Viscosity, η poise 0.01
Horizontal permeability, kx darcy 50 × 10−6

Vertical permeability, kz darcy 0.005
Squirt-flow length (x-axis) mm 0.01
Squirt-flow length (z-axis) cm 1–3

FIG. 6. Effect of frequency and azimuth angles on attenuation,
illustrating the average Q-factor in the interval from 1000 to
10 000 Hz at each azimuth and a propagation angle of 8= 90◦
for a squirt-flow length of (a) 1 cm, (b) 2 cm, and (c) 3 cm.
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effects of scattering and intrinsic attenuation for a plane wave
propagating from the earth’s surface. We do this by implement-
ing the lithology to model laminated siliceous shale variability
as a function of depth. The plane-wave propagation is typical
for surface seismic and VSP measurements.

Vertical attenuation is computed using a poroelastic layered
model, as addressed by Hackert and Parra (2000). The con-
tribution of scattering attenuation is determined assuming a
layered shale–sand sequence earth model, which is based on
rock physical properties of the shales and sands from well 653Z
cores and well logs (see Figure 7).

Intrinsic attenuation is modeled via the Biot/squirt-flow
mechanism by comparing the flow in water-saturated sands
(Figure 8a) to the flow in oil-saturated sands (Figure 8b). In
sands the squirt-flow length is 1 mm; the viscosity η is 1.8 poise,
density ρ f is 0.88 g/cm3, and velocity v f of the oil is 1449 m/s.
Each layer in the earth model is assumed to be isotropic and
homogeneous.

Modeling and analysis results demonstrate that attenuation
in the vertical direction is associated with combined scattering
and fluid-flow effects (Figure 8). That is, vertical attenuation
is controlled by the average permeability of the siliceous lam-
inated shales (on the order of millidarcies), squirt flow, and
the variability of the sand–shale sequence in the Antelope
Shale, where the lithology is predominantly diatomite shale
with many thin sand beds. The sand is the source of much of the
lateral field permeability. In Figure 8, the simulated poroelastic
attenuation profile is shown as a light solid line, and the aver-
age elastic scattering background is shown as a dashed–dotted
line. The predicted poroelastic attenuation profile based on
an analytical solution incorporating the medium properties is
shown as a heavy solid curve. The results show that, in gen-
eral, any attempt to use attenuation or dispersion to predict
fluid-flow effects must be based on relatively high-frequency
information. Surface seismic data are impractical for imaging
the sand–shale laminated sequence at Buena Vista Hills. High-
frequency VSP or reverse VSP are more appropriate for use
in this field.

Finally, we examine the contribution of the Brown Shale to
vertical attenuation. We use the same model-based approach

FIG. 7. Lithological column of a sand–shale sequence and
velocity/density well logs at the Buena Vista Hills field.

described above, with the exception that the squirt-flow mech-
anism that represents fractures is a tensor (see Figure 3). We
apply the full solution of the Appendix, and we model the lam-
inated Brown Shale in the interval between 4000 and 4100 ft
(1219 and 1250 m), with a squirt-flow length of 3 cm and a
permeability of 5 md to represent flow in fractures and a host
rock with a permeability of 0.1 md. The calculations demon-
strate that the poroelastic contribution of the laminated shale
is equivalent to an attenuation of 0.001 (or a Q-factor of about
1000). Since this interval does not have sand and carbonate
layers, we expect its contribution to vertical attenuation is less
than the scattering contribution of the Antelope Shale to verti-
cal attenuation, as shown in Figure 8. In addition, in this interval
the isolated vertical fractures may not contribute to vertical at-
tenuation for waves traveling perpendicular to the laminated
siliceous shale. Therefore, vertical attenuation in the Brown
Shale is controlled by the laminated siliceous shale.

FIG. 8. Attenuation of compressional waves, including flow
effects using (a) water saturation and (b) oil saturation. The
dashed–dotted line is the scattering attenuation from stochas-
tic medium theory, and the heavy solid line is the combined
fluid and scattering attenuation based on poroelastic theory.
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DISCUSSION AND CONCLUSIONS

Our model results show that, in the Brown Shale, there is
little attenuation of seismic waves propagating from sources
at the earth surface, where the Q-factor is about 1000. How-
ever, the Brown Shale strongly attenuates seismic waves prop-
agating parallel to the stratification in the frequency range of
sonic and crosswell seismic. This attenuation high results from
the presence of an echelon and joint-like fractures in the soft
formation. The formation does not contain sand beds, so the
horizontal attenuation is believed to be from lateral fracture
density in the interwell region.

Permeability values recorded with a minipermeameter in
cores from the Brown Shale are about the same order of mag-
nitude as those obtained from joint-like tectonic fractures in
the same geological unit. The permeable zone formed by sig-
moidal veins correlates with the low Q-factor anomaly in the
Brown Shale. This suggests that the vertical permeability of the
Brown Shale between 4050 and 4100 ft (1234 and 1250 m) is
about 5 md. We relate this permeable zone to a Q-factor of
20 based on a squirt flow in the range of 1 to 2 cm. Since the
fractures have an average length of 6 cm, the permeable zone
appears to be associated with fractures having patchy satura-
tion, with patches 1–3 cm in diameter.

In addition, the low Q-factor correlates with a velocity low
based on zero-vertical-offset interwell seismic data. We do not
have much information on the interwell petrophysics, so we as-
sume that the low velocity is a result of the high porosity in cores
where sigmoidal veins occur. Evidence for this assumption is
provided by the thin-section analysis work of Jacobs (1999),
who finds that porosity can reach up to 70% in the boundary
between the siliceous shale host rock and the veins.

On the other hand, modeling results in the Antelope Shale
for a plane wave propagating from the surface demonstrate
that vertical attenuation is more sensitive to sand beds satu-
rated with oil than to those saturated with water. The Q-factor
deduced from modeling is about 100. This suggests that when
a source is placed at the earth’s surface, the Antelope Shale
can attenuate seismic waves more than the Brown Shale. Al-
ternatively, for waves propagating parallel to stratification and
perpendicular to open fractures between 4159 and 4250 ft (1268
and 1295 m) in the Antelope Shale, the Q-factor is about 18–20,
which is associated with a vertical permeability of 5 md. Thus,
the presence of vertical open fractures in the Antelope Shale
Formation has produced a Q-factor about 20 times smaller
than the Q-factor associated with vertical attenuation. This in-
dicates that crosswell seismic measurement is the most appro-
priate technique to map fracture zones and flow units in the
interwell region of the Antelope Shale.

Because low Q-factor values are associated with the pres-
ence of fractures, high-resolution attenuation measurements
have the potential to map lateral fracture density between wells
at the Buena Vista Hills field. The siliceous shale–sandstone
layer sequence seismic responses are important when attempt-
ing to understand the differences between vertical and hor-
izontal attenuation in laminated turbidite reservoirs such as
the Buena Vista Hills field.

ACKNOWLEDGMENTS

Support for this work was provided by U.S. Department
of Energy contract DE-AC26-99BC15203. The assistance of
Purna Halder and permission of DOE to publish this study is
gratefully acknowledged. The lithology and the crosswell data
on the Buena Vista Hills field were obtained with the help of
Mike Morea, Dale Julander, and Tom Zalan from Chevron
USA Production Company. Special thanks to Associate Ed-
itor Ken Mahrer and to Lorna Wilson (Southwest Research
Institute) for helping to improve the paper.

REFERENCES

Aguilera, R., 1998, Geological aspects of naturally fractured reservoirs:
The Leading Edge, 17, 1667–1670.

Akbar, N., Mavko, G., Nur, A., and Dvorkin, J., 1994, Seismic signa-
tures of reservoir transport properties and pore fluid distribution:
Geophysics, 59, 1222–1236.

Biot, M. A., 1962, Generalized theory of acoustic propagation in porous
dissipative media: J. Acoust. Soc. Am., 34, 1234–1264.
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APPENDIX

PLANE-WAVE SOLUTION OF AN ARBITRARY PLANE IN A LAYERED TRANSVERSELY ISOTROPIC
POROELASTIC MEDIUM WITH x BEING THE AXIS OF SYMMETRY

The basic plane-wave solution for an arbitrary plane in a
TI poroelastic unbounded medium with x being the axis of
symmetry is given by Parra (2000). This solution is important
when constructing the multilayer earth model. The following
derivation is based on Parra’s theory.

The layer medium formulation

To establish the general equations for waves in layered
poroelastic media, we consider an incident plane wave formed
by upgoing and downgoing waves, respectively. We assume that
the displacement vector (ux, uy, uz) and the pressure p within
a layer are given by

ux

uy

uz

p

 =


1 1 1 0 1 1 1 0

κ1 R1 κ2 R2 κ3 R3 1 κ5 R5 κ6 R6 κ7 R7 1

R1 R2 R3 R4 R5 R6 R7 R8

Q1 Q2 Q3 0 Q5 Q6 Q7 0



×



A1e−δz

A2e−εz

A3e−γ z

A4e−νz

A5eδz

A6eεz

A7eγ z

A8eνz



ei (ξ1x+ξ2 y). (A-1)

In equation (A-1) the wave propagation numbers δ, ε, and γ
(see Parra, 1991; Parra and Xu, 1994), as well as the ratio
κ j = uy/uz for j = 1, 2, 3, 5, 6, 7, are for fast and slow quasi-P
and quasi-SV waves. The factors R4 and R8 are associated with
the vertical component of the downgoing and upgoing SH-
wave. Because of the symmetry of the elastic and permeable
properties in the yz-plane, we have

κ1 = −i
ξ2

δ
κ2 = −i

ξ2

ε
κ3 = −i

ξ2

γ

κ5 = i
ξ2

δ
κ6 = i

ξ2

ε
κ7 = i

ξ2

γ

R4 = − ν

i ξ2
R8 = ν

i ξ2

. (A-2)

The coefficients {Rj , Qj }, j = 1, 2, 3, 5, 6, 7 in equation (A-1)
represent the ratios {uz/uy} and {p/ux}. They can be obtained
from equation (11) of Parra (2000) by dividing the two sides of
each equation by ux . These coefficients are

Rj = 1R

1 j
, Qj = 1Q j

1 j
, j = 1, 2, 3, 5, 6, 7, (A-3)

where

1 j = a30a44 − a34a40

1R = −a31a44 + a41a34

1Q j = −a41a30 + a31a40

a30 = a33 + κ j a32

a40 = a43 + κ j a42

a31 = (C13 + C44)ξ1ζ

a32 = (C12 + C66)ξ2ζ

a33 = C44ξ
2
2 + C66ξ

2
2 + C11ζ

2 − ω2ρ̄1

a34 = i ζ ᾱ1

a41 = i ξ1ᾱ3

a42 = i ξ2ᾱ1

a43 = i ζ ᾱ1

a44 = θ3ξ
2
1 + θ1

(
ξ 2

2 + ζ 2
)+ β

. (A-4)

In equation (A-4), ᾱ1 and ᾱ2 are elements of the second-rank
elastic tensorα;β is the compressibility coefficient; θ is the nor-
malized frequency-dependent generalized Darcy tensor; and
C11,C12,C13,C44, and C66 are elements of the stiffness con-
stants tensor C. In addition, ζ, ξ1, and ξ2 are wavenumbers that
are functions of the azimuthal angle Ä and the incident angle
8 (see Figure 1).

To solve the general boundary value problem for an arbitrary
incident plane wave (see Parra and Xu, 1994), it is necessary
to have expressions of all stresses and volumetric flux compo-
nents in three dimensions. These expressions can be obtained
directly from the constitutive relations given by


τxx

τyy

τzz

 =
C33 C13 C13

C13 C11 C12

C13 C12 C11




∂ux

∂x
∂uy

∂y
∂uz

∂z


− p


ᾱ3

ᾱ1

ᾱ1

 ,


τyz

τxz

τxy

 =
C66 0 0

0 C44 0

0 0 C44




∂uy

∂z
+ ∂uz

∂y
∂ux

∂z
+ ∂uz

∂x
∂ux

∂y
+ ∂uy

∂x


, (A-5)


wx

wy

wz

 =


a3ux

a1uy

a1uz

+


b3
∂p

∂x

b1
∂p

∂y

b1
∂p

∂z


.

These expressions are derived in terms of upgoing and downgo-
ing waves, and they are given explicitly by Parra et al. (1997). To
satisfy the wavefield at the layer interfaces, the boundary con-
ditions require expressions for the displacement components
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ux, uy, uz; the vertical component of displacement relative to
the fluid wz; and the stress components τxx, τyz, τzz. Thus, the
boundary value problem can be solved for a layered porous
medium formed by N parallel horizontal layers overlying a
uniform half-space. We assume the j th layer has a thickness
hj = zj − zj−1 and that it is bounded by the planes z= zj−1 and
z= zj . The matrix properties of the j th layer are denoted by
the grain density ρ( j )

s , the second-rank tensor α( j ), the com-
pressibility β( j ), the stiffness tensor C( j ), the porosity φ( j ),
and the horizontal and vertical permeability and squirt-flow
lengths k( j )

x and k( j )
z and R( j )

x and R( j )
z , respectively. Saturant

fluid parameters are viscosity η( j ), fluid velocity v( j )
f , and fluid

density ρ( j )
f .

The global matrix solution

The above analysis provides the formulation for wave mo-
tion for the j th layer in terms of eight coefficients. To apply
the boundary conditions of continuity for fluid pressure, dis-
placements, and stress fields, we write field components and
pressure for the j th layer as

u j = Jj ej Aj , (A-6)

where u j = [u( j )
x , u

( j )
y , u

( j )
z , p( j ), τ

( j )
xx τ

( j )
yz τ

( j )
zz , w

( j )
z ]T .

The matrix J, the diagonal matrix e, and the vector Aj are ob-
tained from equation (A-1) and the expanded expressions of
equation (A-5). To avoid precision problems caused by the
growing exponential in individual matrices for large wavenum-
bers, the global matrix method is implemented (Schmidt and
Tango, 1986), as an alternative to the traditional propagation
approach, to determine reflection coefficients and find the so-
lution of the vector wave displacement and pressure.

Using m to label the layers, we define a full space con-
sisting of an upper half-space (where m= 1), (N− 1) layers
of finite thickness (where m= 2, 3, . . . , N), and a lower half-
space (where m= N+ 1). The global matrix analysis based on
equation (A-6) is written in its vector and matrix form,

[um(z)] = [Jm][em(z)][Am]. (A-7)

For m= 2, 3, . . . , N, the vector [Am] contains the unknown
wave coefficients of wave propagation in both the positive and
negative z-directions in the layer. Alternatively, because of the
radiation conditions, the upper half-space labeled m= 1 con-
tains only the upgoing part of the wave coefficients and the
lower half-space labeled m= N+ 1 contains only the downgo-
ing part. As a result, the corresponding [J1], [JN+1], [e1(z)], and
[eN+1(z)] will take their reduced forms.

In the global matrix formulation, the boundary conditions
at the layer interfaces are satisfied in the form of difference of
field quantities across the interface. The conditions for the mth
interface are represented by using equation (A-6) as follows:

[Jm+1][em+1(z)][Am+1]− [Jm][em(z)][Am]

= [um+1(z)]− [um(zm)], (A-8)

where zm is the coordinate of the interface between the mth
and (m+ 1)th layers. After some algebraic arrangement, a lin-
ear system of equations is produced, which is given by

[G][A] = [B]. (A-9)

The global matrix [G] is composed of submatrices obtained
from [Jm], [em(zm)], and [em+1(zm)] for m= 1, 2, . . . , N+ 1. In
this case equation (A-9) includes the upper and lower half-
spaces. These submatrices contain coefficients associated with
the physical properties of the skeleton and fluid of the layered
poroelastic medium as well as the coordinates of the inter-
faces. The global vector B represents the external excitation
(e.g., incident plane waves) in the form of jump conditions at
the interfaces zm,m= 1, 2, . . . , N+ 1, which are obtained from
the right-hand side of equation (A-8). The global vector [A] is
a collection of the unknown wave coefficients with both down-
going and upgoing waves in the layers. The dimensions of the
global matrix [G] are 8(N+ 1)× 8(N+ 1).

Thus, reflection and transmission coefficients can be ob-
tained from the solution of the global matrix equation given by
equation (A-9). The number of upgoing and downgoing waves
in a layer is eight: four downgoing and four upgoing waves.
These waves are the fast and slow q P-, qSV-, and qSH-waves.
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