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Project Scope: 

This DOE research project was established to document the 
integrated team approach for solving reservoir engineering 
problems. A field study integrating the disciplines of geology, 
geophysics, and petroleum engineering will be the mechanism for 
documenting the integrated approach. This is an area of keen 
interest to the oil and gas industry. The goal will be to 
provide tools and approaches that can be used to detect reservoir 
compartments, reach a better reserve estimate, and improve 
profits early in the life of a field. 

Progress During 4th Quarter 1994: 

Six tasks were ongoing during the fourth quarter of 1994. 
Where appropriate, reports by the research professors and the 
research assistants are included in the appendix. The following 
is a brief summary of the project status and the attached 
reports. 

Theme 1: Reservoir/Outcrop Selection/Evaluation 

Subdivision 1: Reservoir Selection and Evaluation 

Task 1.1.1: Reservoir Selection and Data Gathering 

During the 4th quarter, selected well logs were added to the 
data base. Additional well logs in the focus area will be added 
next quarter. 

An application was developed to retrieve production history, 
decline curve analysis information, and well completion data and 
plot the data and information on a single page for each lease. 

Task 1.1.2: Outcrop/Core/Log Analysis/and Correlations 
Task 1.1.3: Internal Architecture Description 

The attached report (Appendix A) by Andrew Prestridge and 
Juli Mohd Jalaludin discusses a relationship between mini-
permeameter measurements for permeability and log derived 
parameters. For the Vern Marshall core-log data, a preliminary 
relationship between mini-permeameter permeability and Bulk 
Volume Water is shown in Figure 1 of the attached report. This 
relationship may be useful in reservoir simulation where core 
data is not available. 

The report by Knut Bjorlykke (Visiting Professor from the 
University of Oslo) and Roger Slatt in Appendix B presents the 
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results of petrography and diagenesis work on the Sussex 
sandstone. The following major conclusions were highlighted in 
the report: 

1. Stylolites were commonly found in the study area and may be 
significant vertical permeability baffles that result in a 
tortuous reservoir fluid path. 

2. Most of the porosity in these sandstones appears to be 
microporosity. 

3. The origin of the sandstones may be an offshore environment. 

4. The high carbonate content cement may indicate the presence of 
common primary carbonate(sand) grains. A sequence of 
carbonate-rich and carbonate-poor (silica-cemented) 
sandstones may be a predictive tool in the framework of 
sequence stratigraphy. This assumes that the carbonate grains 
were only available in a certain environment. This 
hypothesis may explain the common occurrence in the 
Cretaceous sandstones in this area of interbedded carbonate-
cemented and silica-cemented sandstones. Porosity 
development is better in the carbonate-cemented sandstones. 

Task 1.1.4: Seismic Analysis 

The entire team worked with the geophysical team members at 
a 3D seismic work station. This was done to assure that all 
relevant information was integrated into the 3D interpretation. 

The report included in Appendix C by Tom Davis and Bob 
Benson address the geophysical components of the integrated 
study. As noted in their report, the 3-D compressional wave 
seismic interpretation is complete. One main fault complex 
trending Southwest-Northeast has been interpreted. Displacement 
in the Sussex level was observed. A subtle change in the Sussex 
reflection trends Southeast-Northwest and is offset by the main 
fault. This change in the Sussex reflection character corresponds 
to the zero sand line interpreted by the geologic team members. 
The amplitude variation noted on Figure 3 in their report 
correlated with the fault pattern and the zero sand line. 

Task 1.1.5: Detailed Reservoir Engineering Evaluation 

The report in Appendix D by Clark Huffman summarizes the 
results of the detailed reservoir engineering. 

Effective October 1993, the cumulative production is 24.8 
BSCF of gas and 1 MMSTB of oil in the study area. The study area 
(Figure 1, in attached report) encompasses approximately 15,360 
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acres, with 62 wells producing from the Sussex formation. The 
preliminary estimates for remaining oil reserves are 240 MSTB of 
oil and 5 BSCF of gas. The estimates are based on material 
balance calculations and decline curve analysis. There is a high 
degree of uncertainty in the material balance estimates because 
of the limited amount of pressure data and the difficulty of 
obtaining good pressure data in a low permeability reservoir. 
The decline curve analysis was difficult because of the long flow 
times necessary to reach pseudo steady state flow. Linear flow 
probably exists for up to 10 years in the lower permeability 
portions of the reservoir. 

Volumetric estimates will be done in the next quarter for 
comparative purposes. 

The wells in this area have been hydraulically fractured. 
Fracture lengths, based on two available well tests, indicate 
actual hydraulic fracture lengths are approximately 60 to 8 0 
percent of the design lengths. The fracture orientation and the 
geometry of the drainage area are important for optional well 
placement in a tight compartmentalized reservoir. Fracture 
propagation direction can not be determined from production data 
and common well test data. 

Subdivision 2: Experimental Investigation 

Task 1.2.1: Permeability Experimental Work 

The attached report (Appendix E) by Ramona Graves and Hugo 
Araujo summarizes the permeability experimental work. Based on 
experimental work, Graves and Araujo note the following: 

• A correlation of experimental porosity and permeability values 
with confining stress was developed. 

• No general equation was found to transform the relative 
permeabilities obtained from measurements under lab conditions 
to the relative permeabilities under the reservoir conditions. 

• The effects on the relative permeabilities of increasing the net 
confining stress, from 200 psig to 3500 psig and the temperature 
from 70 °F to 140 °F are: 

1. Relative permeability curves shift slightly to the right 
while maintaining their shape characteristics (Figures 1 
and 2). 

2. Increased confining stress and temperature has a minor 
or no effect on end points. 
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3. The shift affects the relative permeability to the oil 
for the first drainage by increasing its value 
progressively until a maximum deviation in the upper 
curvature is reached. Then the deviation decreases as 
the curves merge and approach the end point. The maximum 
shift to the right is 10%. However this can make a 
significant difference in the relative permeability 
values in the steepest portion of the curve (Figures 1 
and 2). 

4. The shift affects the relative permeability to the water 
for the first drainage by reducing its value 
progressively until a maximum deviation in the lower 
curvature part is reached. Then the deviation decreases 
until the curves merge and approach the end point. The 
maximum shift to the right is 10%. However this can make 
a significant difference in the relative permeability 
values in the steepest portion of the curve (Figures 1 
and 2). 

The capillary pressure-saturation relationship obtained from the 
mercury-air experiment and transformed to lab water/oil was 
found to be comparable with the capillary pressure points 
obtained from the water/oil displacement experiments. Figure 3 
presents the capillary pressure curve used in the simulation and 
the data points obtained from the air-mercury and water/oil 
experiments. Figure 3-A is the same plot with an expanded scale 
to observe the capillary entry pressure. 

The numerical simulation of the lab experiments used the 
initial core conditions as input. The match of experimental 
pressure and displaced fluid volume was obtained by changing 
the relative permeability curves. 

• 

• 

Other Information/Technology Transfer. . 

Appendix F includes an abstract titled "Multidisciplinary 
Team Modeling of a Complex Sandstone Reservoir, Colorado" that 
was submitted to the International Nice Conference. This 
abstract was submitted by the project team and will be presented 
by Roger Slatt. 

The appendix also includes an example of how the research effort 
can be incorporated into the class room. At the Colorado School 
of Mines there are several multidisciplinary courses integrating 
the disciplines of geology, geophysics, and petroleum 
engineering. There is one undergraduate course and two graduate 



Contract No. DE-AC22-93BC14891 

courses where students from each of the disciplines work in 
teams. 

Schedule for 4th Quarter 1994: 

The following objectives are outlined for the 4th Quarter 
1994 

1. Continue data gathering and data base management on an 
"as needed" basis. 
(Task 1.1.1) 

2. Outcrop work has been deferred until early summer (May, 
1995) (Task 1.1.2 & 1.1.3) 

3. During the next quarter, the seismic time structure map 
will be converted to a depth map. Additionally, 2-D 
seismic data will be interpreted with special emphasis 
on the location and orientation of additional faulting 
in the Hambert field area. (Task 1.1.4) 

4. The final report for the relative permeability work 
will be completed during the next quarter. (Task 1.2.1) 

5. Detailed reservoir engineering work will continue 
during the next quarter.. (Task 1.1.5) 
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APPENDIX A 

1. Log Analysis 
by Andrew Prestridge and Juli Mohd Jalaludin 



Interdisciplinary Study of Reservoir Compartments 
DOE Contract No. DE-AC22-93BC14891 
Quarterly Technical Report October - December 1994 
Task 1.1.2 Detailed Outcrop, Core, Log Analysis, and Correlation 
Aristocrat-Hambert Field Study 
Research Associate: Andrew Prestridge 
Research Assistant: Juli Mohd Jalaludin 

Conclusions: Log Analysis 

1. The core minipermeameter data has been empirically compared to raw 
log data and processed data for the Vern Marshall #1. The shale 
below the Sussex is significantly different from the shale in the 
Sussex and causes problems with comparing the data. 

2. When this data is removed, several parameters compare well with 
permeability from the minipermeameter, and BVW looks best at this 
point in time. 

3. This analysis will allow the empirical calculation of a permeability 
index for wells without core. 

Discussion: 

The analysis of the Vern Marshall Core-Log data has revealed the 
above conclusions, and given us a method to estimate permeability in 
wells without core. This relationship will be a useful beginning point 
in the simulation as well as the for the reserve estimation of 
individual wells. A preliminary relationship between mini-permeameter 
permeability and Bulk Volume Water is shown in Figure 1. 

The permeability index as calculated from the above empirical 
relationship will be plotted on the "PLATES" 

The digitizing of logs in the 3-D seismic study area is in 
progress. 
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APPENDIX B 

Core Description 
by Roger M. Slatt and Knut Bjorlykke 



PETROGRAPHY AND DIAGENESIS OF THE TERRY SANDSTONE IN HAMBERT-
ARISTOCRAT-LATHAM BAR TREND 

Knut Bjorlykke 
Department of Geology 
University of Oslo 
Oslo, Norway 

Roger M. Slatt 
Department of Geology and Geological Engineering 
Colorado School of Mines 
Golden, Colorado 

INTRODUCTION 

Based upon core descriptions, and complimentary petrophyscial 
information, samples were collected from the following cores for 
petrographic and scanning electron microscope analysis: 

•Amoco Prod. Co. Donald J. Moser #1 (SE NW 34 4N 65W) 
•Prima Oil Burke 24-3S (SE SE 24 4N 65W) 
•Sotexco Inc. Kinsman No. 1 (SE SW 18 4N 65W) 
•Amoco Prod. Co. Vern Marshall #1 (NW SW 32 4N 65W) 

Sample depths for each well are given in Table 1. 

An epoxy-impregnated thin section was prepared for each sample. Visual 
inspection was made on each sample and framework and cement/matrix 
mineralogy was estimated, along with sorting, visual porosity, and visual 
permeability. These data, and general rock descriptions are provided in 
Table 1. For the Moser, Kinsman, and Vern Marshall wells, core description 
facies, estimates of sand content, and pressure-decay permeability 
measurements are also included in Table 1. The Burke core is described in 
Al-Raisi (1994). Selected thin sections were also examined under the 
scanning electron microscope. 

GENERAL DESCRIPTION: 

The sandstones examined from all four wells are generally fine-grained, 
with variable amounts of carbonate cement. They are feldspathic, with 



twinned plagioclase being the predominant feldspar. Carbonate cement is 
mainly calcite, but carbonate clasts and fossil fragments are also present. 
Glauconite is usually present in small amounts, but is relatively abundant 
in a few samples (T2, T10, T11, B6). 

Well-sorted sandstones typically exhibit an average grain size of 0.1-
0.15mm; porosity ranges up to 15-20% in those with little or no carbonate 
cement. However, such high porosity is usually limited to relatively thin 
laminae. Muddy lamina or carbonate cement reduces average porosity. 

When the mud content exceeds a critical value, there is almost no visible 
porosity, probably mainly due to compaction. Clay laminae are zones of 
pressure solution, and often exhibit incipient stylolites. These stylolites 
can inhibit vertical movement of reservoir fluids. Stylolites are typically 
discontinuous over long lateral distances, thus reservoir fluids probably 
could migrate vertically, but only through a very tortuous path. 

Calcite fills pores that are larger than normal intergraular pore spaces. 
This suggests that much of the source of the carbonate cement was 
clastic carbonate grains. This source would account for the abundance of 
carbonate cement observed in many samples (Table 1). 

DIAGENESIS 

The degree of feldspar dissolution is relatively low. There is also little 
authigenic kaolinite in pores, which suggests there has been little 
meteoric water flushing through these sandstones. If the sandstones had 
been originally deposited as offshore shelf sand ridges, it would be 
expected that they would have not been connected to the main fresh water 
flow from the adjacent landmass. If they were shoreface sands, a high 
degree of meteoric water flushing would be expected. Thus, diagenetic 
evidence suggests an offshore origin for the sandstones. 

Pressure solution of quartz occurs both as grain-to-grain pressure 
solution contacts and along stylolites. Pressure solution grain contacts 
and quartz overgrowths are commonly observed in sandstones which are 
not carbonate-cemented. In carbonate-cemented sandstones, quartz grains 
are cement-supported and corrosion of grain surfaces is common. 

Stylolites form along clay laminae which are enriched in mica. The 



presence of mica seems to have enhanced quartz dissolution. These 
stylolites probably formed along primary concentrations of clay minerals 
and mica, and dissolution caused their concentration. 

Carbonate cement is present in practically all sandstones examined, 
usually in concentrations between 10 and 30% (Table 1). Concentrations 
exceed 30% in some samples. Thus, it is evident that carbonate cement not 
only filled intergranular pore space, but also comprised carbonate clasts. 
Also, carbonate cement frequently occupies space which is of the same 
size as quartz grains in sandstones with <30% carbonate cement, 
suggesting that the original sand was a mixture of siliceous and carbonate 
grains, and that the carbonate grains were subsequently recrystallized to 
cement. Laminae with almost no carbonate or clay often exhibit extensive 
quartz cementation. 

The above information suggests that facies with moderate carbonate 
cement and clay content have the best potential for preserved porosity. If 
it is assumed that primary carbonate grains were apt to be present only 
under certain environmental conditions, perhaps controlled by sea level, 
then it might be possible to place the carbonate cement-rich sandstones 
within a sequence stratigraphic framework for predictive purposes. This 
could explain the occurrence in many different Cretaceous sandstones in 
this area of interbedded silica- and carbonate-cemented zones. 

POROSITY TYPE AND DISTRIBUTION 

Blue epoxy allows easy observation of large, interconnected pores. Some 
of the tightest (low porosity) sandstones do not exhibit visual porosity 
(blue epoxy), indicating that almost all of the measured (core plug) 
porosity occurs in the form of microporosity which is too small to receive 
injected epoxy. The limiting pore throat size below which epoxy cannot be 
injected is not known at present. 

Some thin sections were examined with back-scattered electrons under 
the scanning electron microscope. A back scatter image reflects both open 
pore space and epoxy-filled pore space. These analyses confirmed that 
most pores in the sandstones are on the order of a few microns in 
diameter (microporosity), and that there are very few large (>0.01mm) 
pores. 



Core plug porosity measurements on some samples (i.e. VM 4633.25; 
Sample 18; Table 1; por. = 10.2%) are relatively high, yet no epoxy-filled 
porosity can be observed in thin section. If these porosity measurements 
are correct, most porosity must be microporosity, as discussed above. 

To evaluate porosity type further, mercury injection capillary pressure 
measurements are suggested. 

COMMENTS ON PAPER BY PITTMAN ON TERRY SANDSTONE PETROGRAPHY 
(J. Sed. Petrol., 1988, v. 58, p. 785-800) 

Pittman's interpretation of the diagenetic sequence (his Fig. 19) differs 
from that concluded from the present study. Pitman interprets early 
quartz cementation. However, evidence from other sedimentary basins 
suggests that significant quartz cementation only occurs at burial depths 
of about 2-3km at temperatures >80*C. Pitman also interprets kaolinite as 
forming late, presumably at maximum burial depth and temperature. The 
composition of the pore water would then be influenced by the presence of 
K-feldspar so that K+ concentrations would be too high for kaolinite to 
form, and would be in the illite stability field. The small amount of 
kaolinite observed in the present study suggests early formation in a 
distal shelf environment which was not effectively flushed by meteoric 
water. 

Carbonate cements may be derived from biogenic carbonate and early 
carbonate cements. The low 313 C value of dolomite cited by Pitman 
suggests that it formed at rather shallow depths directly from sea water. 
The calcite cements have isotopic signatures suggesting formation at 
considerable burial depths. If the composition of the pore waters had 
SMOW values close to zero at the time of precipitation, d™ O values of -14 
to -16 would correspond to about 100*C. Pore water in carbonate-rich 
sediments are, however, usually rather heavy (up to +8; Egeberg and 
Aagaard, 1989, Applied Geochem., v. 4, p. 131-142). Thus, the temperature 
could have been considerably higher based on the isotopic evidence. 

Pitman cites evidence for secondary porosity. However, the fact that 
evidence of mineral dissolution is observed does not indicate that the 
dissolution process has resulted in any net gain in porosity. The Terry 
Sandstone in this area has been estimated to have been buried to depths 



corresponding to a maximum temperature of about 80-90*C (his Fig. 17). 
However, smectite/illite expandibility of only about 25% is cited, which 
suggests deeper burial. Porosities in these rocks seem low for sandstones 
which have supposedly not been buried to >2km. 

It would be important to establish to what extent the maximum 
temperature experienced by the Terry Sandstone was controlled by burial 
under normal geothermal gradients, or by heat pulses caused by 
hydrothermal activity. If the latter is important, than the pathway of hot 
water flow will control reservoir properties. If on the other hand, 
geothermal gradients were normal, differences in Teritary subsidence may 
be the controlling factor on burial temperatures. It is possible that these 
sandstones were overpressured at the time of maximum subsidence. 

CONCLUSIONS 

1. Stylolites are common in the Terry Sandstone in the study area. 
These stylolites may be significant vertical permeability baffles, 
resulting in a tortuous path for reservoir fluid flow. 

2. The high carbonate cement content in these sandstones is thought to 
indicate the presence of common primary carbonate (sand) grains. If such 
grains were only available under certain environmental conditions, 
perhaps related to sea level, then in might be possible to place carbonate-
rich and carbonate-poor (silica-cemented) sandstones within a sequence 
stratigraphic framework for predictive purposes. This would explain the 
common occurrence in Cretaceous sandstones in this area of interbedded 
carbonate-cemented and silica-cemented sandstones. Porosity is more 
likely to be preserved in the former sandstone type. 

3. The bulk of porosity in these sandstones appears to be microporosity 
(individual pores only a few microns in diameter). 

4. Petrographic evidence suggests an offshore origin for these 
sandstones. 
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Sample 

T1 
T 2 
T3 

T4 

T5 
T6 

T7 
T8 
T9 

T10 

T i l 
T12 
T13 

Depth 
4406 5 

4407 
4408 

4410 7 

4413 

4417 

4422 7 
4428 4 

4434 5 

4440 
4448 5 

4451 6 

4452 5 

Sorting 
1 5 

1 
1 

1 5 
1 5 

1 5 
1 5 

1 5 
1 5 

1 5 

2 
2 

Sorting 
1=well sorted 
1 5=mod sort 
2=poor sort 

Carbonate 

3 5 

3 5 
4 

4 
4 

3 5 
4 

3 5 

3 5 
4 

3 5 
4 5 

CaC03 cemen 
3=<5% 

3 5=5-15% 
4=>15-25% 

4 5=25-40% 

5=>40% carb 
supported gns 

Clay 
6 5 

6 
6 

7 

6 5 
6 5 
6 5 

6 5 

6 5 

6 5 

7 5 
6 5 

Clay Content 
6=very little 

6 5=thin layers 
and clay clasts 

7=abundant 
7 5=mudrock 

visual perm 

9 5 
8 5 

9 

9 5 
9 5 

9 5 
9 5 
9 5 

9 

9 

9 
9 

visual v/h pern 
8 5=highv/h 

9=app =v/h 
9 5=low v/h 

visual por 

11 5 

12 
11 5 

1 1 
11 5 

11 5 
11 5 

12 

12 
11 5 

10 5 
10 5 

visual por 

10 5=nil 
1 1=<5% 
11 5=5-10% 

12=10 15% 
12 5=>15% 

Facies 

3 

4 
4 

3 

2 
5 

6 

6 
3 

5 

2 

1 
1 

Percent Sd 

60 
100 

98 

60 

45 
95 

6 0 
60 

70 

95 
45 

15 
85 

PRES DECAY K 

0 91 
1 43 
1 58 

1 11 

0 85 
1 64 

0 8 
0 89 

4 46 

2 46 
4 21 

2 28 
1 66 

Comments | 
biot mixed facies 
pure well sorted carb s d 7 

top well sorted carb sd 

rippled fn sd and clay no thin sect 

thin ss layer | 
5cm thick ss bed 

rip-up clast facies 
pure well-sorted sd clast ' 

good reservoir sd 
good relative thick reservoir sd 

biot muddy facies 

mudstone, mudy ss/siltstone 
fn grnd carb mudstone 

__ . I 
Facies 1 = Bioturbated mudstone (to sandy mudstone) shelf facies 
Facies 2 = Burrowed to bioturbated sandy mudstone 

| (more sand and remnant laminations than 1) 
Facies 3 = Burrowed to bioturbated muddy sandstone 
Facies 4 = Planar to slightly x-bedded w/o burrows 

Facies 5 = Ripple-bedded sandstone minor burrows 
Facies 6 = Mudstone/sandstone clasts in mud/sd matrix 

j Debris flow bed [ 

Vern Marshall pet 

Sample 
19 

18 
17 

14 

10 
6 

5 
4 

3 

2 
1 

Depth 
4627 29 

4633 25 

4637 9 

4650 92 
4 6 6 1 84 
4665 88 

4665 96 
4668 08 

4669 67 

4 6 7 1 67 
4672 04 

Sorting 
1 
1 

1 
1 5 

1 5 
1 

1 

1 

1 

2 

Sorting 

1=well sorted 

1 5=mod sort 
2=poor sort 

Carbonate 
3 5 

4 5 
3 5 

3 5 
3 5 
3 5 

3 5 

4 

4 

3 5 

CaC03 cement 

3=<5% 
3 5=5-15% 

4=>15-25% 

4 5=25-40% 
5=>40% carb 
supported gns 

Clay 
7 

6 
7 

6 5 

6 5 
6 

6 5 

6 5 

6 
6 5 

Clay Content 

6=very little 

6 5=thin layers^ 
and clay clast" 
7=abundant 
7 5=mudrock 

Visual perm 
9 5 
8 5 

9 5 

9 5 
9 
9 

8 5 

9 

8 5 
9 

visual v/h pern 

8 5=highv/h 

9=app =v/h 
9 5=low v/h 

visual por 

12 
1 1 

12 
12 5 

11 5 
12 

12 

12 

12 
1 1 

visual por 

10 5=nil 

1 1=<5% 
11 5=5 10% 
12=10-15% 
12 5=>15% 

pres decay K 
0 28 

0 6 
1 06 

0 43 

0 52 
2 75 

2 75 

1 8 

1 99 

1 22 
0 86 

facies 
2 

2 
2 

2 
4 
4 

4 
4 

4 

4 
4 

plug K 
0 17 

0 27 
0 49 

0 49 

1 5 
1 2 

1 2 
0 32 

0 79 

plug por 
11 8 
10 2 
12 5 

12 
14 8 

15 2 

15 2 

11 2 
13 4 

plug Sw 
62 4 
45 1 
37 2 

48 1 

34 7 
45 

45 
48 4 

37 8 

%sd 
4 0 

6 5 
5 0 

8 5 
9 5 
9 0 

9 0 
7 0 

8 0 

8 0 
8 0 

Facies 1 = Bioturbated mudstone (to sandy mudstone) shelf facies 

Facies 2 = Burrowed to bioturbated sandy mudstone 
| (more sand and remnant laminations than 1) 

Facies 3 = Burrowed to bioturbated muddy sandstone 

Facies 4 = Planar to slightly x-bedded w/o burrows 
Facies 5 = Ripple-bedded sandstone, minor burrows 
Facies 6 = Mudstone/sandstone clasts in mud/sd matrix 

I Debris flow bed | 



BurkeCounty 

Sample 
B1 
B2 
B3 
B4 
B5 
B6 
B7 
B8 
B9 
B10 
B11 

Depth 
4455 8 
4461 7 
4465 3 
4470 1 
4476 5 
4481 5 
4485 9 
4496 8 
4502 3 
4505 3 
4513 8 

Sorting 
1 

1 5 
1 5 

1 
1 5 

2 
1 5̂  
1 5 
1 5 
1 5 

2 

Sorting 
1=well sorted 
1 5=mod sort 
2=poor sort 

Carbonate 
4 

4 5 
4 5 
3 5 
3 5 
3 5 

4 
4 5 
4 5 

4 
4 

CaC03 cement 
3=<5% 
3 5=5-15% 
4=> 15-25% 
4 5=25-40% 
5=>40% carb 
supported gns 

Clay 
6 5 

7 
6 5 
6 5 

6 
7 
6 

6 5 
6 5 
6 5 

7 

Clay Content 
6=very little 
6 5=thin layers 
and clay clast; 
7=abundant 
7 5=mudrock 

VISUAL PERM 
9 
9 

8 5 
8 5 
9 5 

9 
9 5 

9 
9 
9 

visual v/h pern 
8 5=highv/h 
9=app =v/h 
9 5=low v/h 

VISUAL POR 
11 5 
10 5 
10 5 
12 5 

12 
10 5 

1 ^ 
1 1 
1 1 
1 1 

10 5 

visual por 
10 5=nil 
11=<5% 
11 5=5-10% 
12=10-15% 
12 5=>15% 

Comments 
small scale x-bed,3-4 cm thick in mudstone 
Thin lam fn sd | 
Contact b/t good reservoir sd & mudstone 
good sand 
massive lam fn sd 
mixed mud and sd 
reservoir sd fining upward 
parallel lam sd | 

carb cemented sd 
mixed biot sd/mud 
mudstone 

ssmoseM 

Sample # 
TC 1 

TC-3 
TC-4 

TC-5 

TC-6 
TC-7 

TC-8 

TC-9 

Depth 

4441 5 
4446 3 
4448 4 
4450 9 

4453 8 
4 4 5 8 

4457 8 

4479 2 
4 4 8 9 

SORTING 

1 5 

1 5 
1 5 

1 5 

1 5 
1 5 

2 
1 5 

2 

Sorting 
1=well sorted 
1 5=mod sort 

2=poor sort 

CARBONATE 
4 
4 

3 5 

3 5 

4 
3 5 

3 5 
4 5 

4 5 

CaC03 cemen 
3 = < 5 % 
3 5 = 5 - 1 5 % 

4 = > 1 5 - 2 5 % 
4 5 = 2 5 - 4 0 % 

5=>40% carb 

CUY 
6 5 

6 5 
6 5 
6 5 

6 5 
6 5 

7 5 
6 5 

7 

Clay Content 

6=very little 

6 5=thin layers 
and clay clast 

7=abundant 
7 5=mudrock 

visual perm 
9 

9 
9 
9 

9 5 

9 
9 

8 5 
9 5 

visual v/h perr 
8 5=highv/h 
9=app =v/h 

9 5=low v/h 

visual por 

11 5 

11 5 
1 1 5 

11 5 

11 5 
1 1 

10 5 
10 5 

10 5 

visual por 
10 5=nil 

11=<5% 
11 5=5-10% 
12=10-15% 

12 5=>15% 

FACIES 
5 

5 
3 
3 

2 
1 

1 

2 

PERCENTSD 

85 

9 0 
65 

60 

35 
20 

10 
10 

PRESDECAYK 
1 26 
1 52 

2 17 
3 06 

0 95 
0 54 

0 36 
0 78 

Comments | 
1 -2cm thick sst in shale 

small scale x-beds 
mixed sd/sh 
5cm x-bed sd 

lam fn sd 
sandy mudstone 

2cm above bentonite 
2-3cm ss layer (Ca4-5) 

carb concretion 

Facies 1 = Bioturbated mudstone (to sandy mudstone) shelf facies 
Facies 2 = Burrowed to bioturbated sandy mudstone 

| (more sand and remnant laminations than 1) 

Facies 3 = Burrowed to bioturbated muddy sandstone 
Facies 4 = Planar to slightly x-bedded w/o burrows 

Facies 5 = Ripple-bedded sandstone, minor burrows 
Facies 6 = Mudstone/sandstone clasts in mud/sd matrix 

| Debris flow bed | 

l\* 



APPENDIX C 

1. Detailed Seismic Analysis 
by Tom Davis and Bob Benson 
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Research Associates: Dr. Davis, Mr. Benson 

The 3-D compressional wave seismic interpretation is complete. A North-South line 
extracted from the 3-D seismic data is displayed in Figure 1. Note the fault cutting the 
Sussex formation at cross-line 100. The Sussex time structure map (Figure 2) shows very 
little relief. In the area of the 3-D survey there is one main fault complex which has been 
interpreted. This fault trend Southwest-Northeast and exhibits displacement at the Sussex 
level. A subtle change in the Sussex reflection trends Southeast-Northwest and is offset by 
the main fault. This change in the Sussex reflection character corresponds to the zero sand 
line interpreted by the geologic team members. Figure 3 is a map of the seismic amplitude 
of the Sussex reflection. The amplitude variation correlate with the fault pattern and the 
zero sand line. 

The seismic time structure map is currently being converted to a depth map. This map 
will provide detailed information over the 3-D seismic survey area. Additionally, 2-D seismic 
data is being interpreted with special emphasis on the location and orientation of additional 
faulting in the Hambert field area. The completed seismic interpretations will be integrated 
with the larger geologic interpretation. 
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Figure 1: North-South line #32 extracted from the 3-D P-wave seismic data. The Sussex 
reflection is located at 910ms, the Niobrara at 1310ms, and the "J" sandstone at 1480ms. 
The main faults in the area of the 3-D seismic survey are also displayed on this section. 
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Figure 2: Sussex formation time strucure map. The Darker colors are time highs while 
the lighter colors are time lows. The main fault trends Southwest-Northeast. Other time 
structure changes correspond to changing sand thickness. 
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Figure 3: Sussex formation seismic amplitude map. Changes in seismic amplitude correspond 
to faulting and changing sand thickness. 
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APPENDIX D 

1. Reservoir Selection and Data Gathering 
by Clark Huffman 

2. Detailed Reservoir Engineering Evaluation 
by Clark Huffman 
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Hambert Field 
Task 1.1.1: Reservoir Selection and Data Gathering 
Research Assistant: Clark H. Huffman 

An application was developed to retrieve production history, decline curve 
analysis information, and well completion data, and plot the data and 
information on a single page for each lease. Another application was 
developed to draw well bore diagrams using the individual well 
information in the database. Currently, work is continuing on checking the 
accuracy of information in the database. Also, selected well logs used in 
the geologic study are being digitized. 

Hambert Field 
Task 1.1.5: Detailed Reservoir Engineering Evaluation 
Research Assistant: Clark H. Huffman 

Summary 

A portion of the Sussex formation which lies in the Hambert and 
Aristocrat Fields has been selected for detailed study. The study area, 
approximately 1 5,360 acres, encompasses 54 leases with 62 wells 
producing from the Sussex formation. Cumulative production is 24.8 
billion standard cubic feet (BSCF) of gas and 1.0 million stock tank barrels 
of oil (STBO). Preliminary estimates place remaining reserves at 240 
thousand STBO and 5 BSCF of gas. Production was initiated in 1 972 and 
will continue into the next century. The well completion data and lease 
production histories were correlated and preliminary analysis has been 
made. 

General 
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A portion of the Sussex formation which lies in the Hambert and 
Aristocrat Fields has been selected for detailed study. Figure 1 outlines 
the study area which encompasses 54 leases with 62 wells producing 
from the Sussex formation. Cumulative production is 24.8 billion standard 
cubic feet (SCF) of gas and 1.0 million stock tank barrels of oil (STBO). 
Production was initiated in 1 972 and will continue into the next century 
although the average remaining life is about two years per well. The well 
completion data and lease production histories were correlated and 
analyzed. The conclusions drawn are tentative until further study. 

From a reservoir engineering perspective, low permeability, 
heterogeneous reservoirs present some unique difficulties for production 
and analysis. Extremely long well tests are required to obtain useful 
pressure data. Representative fluid samples are difficult to obtain since 
large pressure drawdowns are required to maintain stabilized flow. 
Traditional analytical tools such as the material balance approach and 
decline curve analysis must be used with great care since large 
uncertainties can exist in determining average reservoir pressure, fluid 
properties, and flow regimes. Frequently data gathering for low 
permeability reservoirs is limited to the state regulatory agency's 
minimum requirements since production rates and the associated cash 
flows are relatively low. Since cash flows are limited, a low operating 
overhead must be maintained for the properties to be profitable. The net 
result is that a field is typically operated with a minimum of data 
gathered and minimal analysis of that data. 

The reservoir analysis must be completed with a minimum investment in 
data gathering and analysis time. With this requirement in mind, 
specialized, yet simple, software tools were developed to make and 
present analysis results. Since reservoir pressure data is sparse, only 
tentative conclusions can be made at this time about the amount of 
original hydrocarbons in place. Decline curve analysis was used to 
estimate recovery. 

Reservoir fluid characterization is limited to gas and liquid specific 
gravities, producing gas-oil ratios (GOR's) along with a few compositional 
analyses of produced gas. Liquid specific gravities range from 40° to 50° 
API. Gas gravity is approximately 0.72 (Air = 1.0) across the field. 
Initial producing GOR's were near 1,000 SCF/STBO in the oil portion of the 
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field. General fluid property correlations were used to estimate the 
reservoir fluid characteristics. The reservoir temperature, 1 70°F, has 
been well established by pre-frac temperature surveys. 

Material Balance 

The material balance approach requires information about the volume of 
produced fluids, fluid properties data, and initial and periodic average 
reservoir pressures. Additional data such as volumetric information can 
be used to enhance the quantity and accuracy of the results of the 
material balance calculations. With sufficient data, it is possible to 
estimate volumes of produced fluids which may not have been recorded 
because of production practices, such as unmetered water disposal, or 
uncontrolled flows (blowouts). 

Initial pressures are usually obtained from pressure build-up tests 
conducted during or soon after a well's completion. These tests are 
particularly important for the first few wells in a field since it may be 
the only opportunity to directly measure the initial field pressure. In low 
permeability and/or extremely heterogeneous reservoirs, a well test may 
not yield enough data to determine the initial reservoir pressure because 
the required shut-in times are too long. That is, it appears to cost too 
much in terms of deferred production to shut in the well long enough to 
obtain the desired data. This is the case for the subject field, an accurate 
initial reservoir pressure is difficult to determine from the available 
information. Evaluations of the well test data from the Jack C. Noel # 1 , 
the Warren McMillen # 1 , and 1 5 day post-completion flow records for 6 
other wells indicate the initial reservoir pressure is greater than 1,500 
psia and less than 2,000 psia. Further analysis may reduce this range of 
uncertainty. 

Many fields have annual field wide shut-ins to monitor pressure. Some 
gas fields have yearly one-point flow tests which can be used to help 
estimate reservoir pressures. The Hambert and Aristocrat fields do not 
have field wide shut-ins or one-point tests although one operator ran 
sporadic one-point tests in the early 1 980's. There is one well, the 
Homestead # 1 , completed in the Sussex formation near the study area 
which is currently produced only one hour each week. Its bottom-hole 
pressure is approximately 1,000 psi, and the well has a production 
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history similar to wells in the study area. This 1,000 psi is being used as 
an estimate of the current reservoir pressure. 

Since no fluid analyses are available, reservoir fluid characterization for 
the study area must be based upon correlations. In general, correlations 
are developed from a large number of fluid samples which have been 
characterized. The resulting data are analyzed to develop the 
correlations. Ideally, correlations specific for the area of a field study 
will be available. Unfortunately, no correlations are available for our 
field of interest, so general correlations were used in the engineering 
calculations. 

The material balance approach has been used to investigate the study 
focus area. Oil, gas, and water production data from Dwights Production 
CD were used to determine total production from the Sussex formation. 
Production from commingled wells was assigned to a formation on the 
basis of reported initial potentials when better information was not 
available. Since a portion of the study area is considered to be a wet gas 
reservoir, liquid hydrocarbon production from the wells in that area was 
converted to an equivalent gas volume. The gas production from the oil leg 
of the reservoir was assumed to be mostly solution gas. Two gross 
reservoir models have been considered, separate gas and oil reservoirs, 
and an oil reservoir with a large gas cap. 

The original gas in place (OGIP) is estimated to be approximately 60 BSCF. 
Both the P/z plot (independent gas reservoir model) and the large gas cap 
material balance model agree reasonably well. Using the remaining 
reserves estimates and the P/z plot, abandoment pressure is estimated to 
be 850 psi. Of course, since the pressure data are so sparse, these 
estimates are tentative. Further use of volumetric information from log 
analysis, geologic study, and geophysical study will improve these 
estimates for OGIP and GIP at abandoment. 

The original oil in place (OOIP) estimates were made from the independent 
oil reservoir and the large gas cap models. Because of the sparse 
availability of pressure data, the OOIP cannot yet be accurately estimated. 
Using very gross estimates for the size of the gas cap relative to the oil 
leg, the OOIP is in the range of 9 to 1 7 million STBO. Using the 
independent oil reservoir model, the OOIP estimate is in the neighborhood 



5 

of 7 million STBO. Further analysis will narrow the range of uncertainty. 

Since little water has been produced over the life of the field (1 65,000 
bbls), and the geologic study has not suggested the presence of an aquifer, 
water is not considered to be a major contributor to the reservoir drive 
mechanism. 

Production Strategies 

The subject reservoir formation is a relatively low permeability 
sandstone. It was initially developed on 320-acre spacing in the gas 
portion and 40-acre spacing in the oil portion. Several sections in the gas 
portion of the field are classified as tight gas by the FERC. A square or 
rectangular geometric pattern with wells located in the center of a 
quarter-quarter or half-quarter appears to be typical for wells in the area. 
All the wells were drilled with fresh water mud and cased through the 
Sussex formation. The wells were completed by perforating, generally 4 
shots/foot, and massive hydraulic fracture stimulations. Fracture 
treatment sizes ranged from approximately 50,000 gallons of fluid and 
1 50,000 lbs. of sand to 200,000 gallons of fluid and 750,000 lbs of sand. 
Typical fracture designs were for half-lengths of up to one thousand feet. 
Records of treatment design and actual treatments are very poor for pre-
1 990. Net fracturing pressure plots from three recent completions were 
used to assist analyzing completion practices. 

Several questions need to be addressed when evaluating completion 
strategies. The major goal is to maximize reservoir drainage with 
minimum investment. Since the completions include long fracture lengths 
in the tight sands, relatively long periods of linear reservoir flow may be 
expected. Fracture direction should play a significant role in determining 
the volume, extent, and shape of a reservoir drained by a well. The 
placement of each well should consider the most likely fracture 
propagation direction and the resulting drainage shape. The nature of the 
reservoir rock will also play a large part in the completion design and 
well locations. 

Typically, a relatively clean basal sand is overlain by a thicker, thinly 
laminated shale and sand sequence. Thick shales over and underlie the 
sand bodies. Some operators perforate the entire interval while other 
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operators perforate only the basal sand. Since the volume of sand in the 
thinly laminated section may be substantial, wellbore communication 
with this portion of the reservoir is of interest. 

Methods exist to estimate fracture lengths from well test or production 
data. Well test data can provide better estimates since better quality 
data can be obtained. Analyses of the two available well tests indicate 
fracture lengths approximately 60 to 80 percent of the design lengths are 
obtained. Analysis of the production data indicates the fractures do 
affect reservoir drainage areas, that is, linear flow is probably occurring 
for up to 1 0 years in the lower permeability portions of the reservoir. 

Fracture propagation direction cannot yet be determined from production 
data and common well test data. Knowledge of the direction, or azimuth, 
of the fracture would allow better selection of well locations than the 
actual methods used in the field. Geophysical, geological, and engineering 
analyses can help determine the orientation of the fractures. 
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APPENDIX E 

Permeability Experimental Work 
by Ramona Graves and Hugo Araujo 
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Following is a summary of the work accomplished since the 
beginning of the task. 

• The porosity and permeability experiments under several 
confining stress conditions are completed. 

• The oil/wafer displacement experiments under normal lab 
conditions and under reservoir confining stress and temperature 
are completed. 

• Capillary pressure experiments, reduction of data, and 
comparison of methods are completed. 

• Numerical simulation of the experiments is completed. 

• Analysis of experimental and simulation results is completed. 

• Final report is being written. 

• The task is 90% complete. 

Overall Summary 

Objectives: 

The objectives of this task were: 

Determine if there is a relationship between the porosity, 
permeability and relative permeabilities of the rock measured 
under the normal laboratory ambient conditions and those 
measured under net confining stress of 3,500 psig and 
temperature of 140 °F. 



Conclusions: 

• The experimentally determined porosity and permeability data, 
under several confining stress conditions, were curve fit for 
definitions of the equations that represent how properties 
change with increasing stress. The empirical relations are given 
by the equations of the form: 

<t» = A + Bo + Co2 

and 

k = A + Ba + Ccr2 

where: 

<j) = porosity (decimal) 
K = absolute permeability (md) 
a = Confining stress condition (psig) 
A, B, C = regression constants. 

The regression constants for the above equations are presented in 
Table 1. 

No general equation was found to transform the relative 
permeabilities obtained from measurements under lab conditions 
to the relative permeabilities under the reservoir conditions. 

The effects on the relative permeabilities of increasing the net 
confining stress, from 200 psig to 3500 psig and the temperature 
from 70 °F to 140 °F are: 

1. Relative permeability curves shift slightly to the right 
while maintaining their shape characteristics (Figures 1 
and 2). 

2. Increased confining stress and temperature has a minor or 
no effect on end points. 

3. The shift affects the relative permeability to the oil for 
the first drainage by increasing its value progressively 
until a maximum deviation in the upper curvature is 
reached. Then the deviation decreases until merging the 
curves as they approachthe end point. The maximum shift to 
the right is 10%. However this can make a significant 



difference in the relative permeability values in the 
steepest portion of the curve (Figures 1 and 2). 

4. The shift affects the relative permeability to the water 
for the first drainage by reducing its value progressively 
until a maximum deviation in the lower curvature part is 
reached. Then the deviation decreases until the curves 
merge as aproaching to the end point. The maximum shift to 
the right is 10%. However this can make a significant 
difference in the relative permeability values in the 
steepest portion of the curve (Figures 1 and 2). 

• The capillary pressure-saturation relationship obtained from the 
mercury-air experiment and transformed to lab water/oil was 
found to be comparable with the capillary pressure points 
obtained from the water/oil displacement experiments. Figure 3 
presents the capillary pressure curve used in the simulation and 
the data points obtained from the air-mercury and water/oil 
experiments. Figure 3-A is the same plot in expanded scale to 
observe the capillary entry pressure. 

• The numerical simulation was based on a m.odel that represents 
the core characteristics and initial conditions for each 
experiment. The observed pressure and displaced fluid data were 
matched by a trial an error change of the relative permeability 
curves, starting from the curves obtained by the Normalized JBN 
method (Figures 4 and 5). The simulated amswers were in good 
agreement with the laboratory data. 



Table 1 

Parameter Coefficients from Curve Fits 

Porosity 

A 
B 
C 

Core Plug 
5 

14.3612 
-0.0003713 
-0.0003858 

Core Plug 
6 

13.7592 
3 96E-08 
4.02E-08 

Core Plug 
9 

16.16 
-0.0002807 

2.57E-08 

Core Plug 
17 
15.5334 

-0.0003397 
3.97E-08 

Core Plug 
19 
13.0517 

-0.0002747 
1.34E-08 

Core Plug 
Berea 1 

16.808 
-0.0002953 

2.63E-08 

Core Plug 
Berea 2 

23.9597 
-0.00037 
3.97E-08 

Permeability 

A 
B 
C 

Core Plug 
5 

1.50047 
-0.0002256 

2.20E-08 

Core Plug 
6 

0.187008 
-9.09E-05 
1.19E-08 

Core Plug 
9 

1.83713 
-0.0001506 

1.60E-08 

Core Plug 
17 

0.560179 
-8.08E-05 
9.30E-09 

Core Plug 
19 

0.495264 
-0.0003577 

6.02E-08 

Core Plug 
Berea 1 

41.3974 
-0.0011448 

9.29E-08 

Core Plug 
Berea 2 

549.504 
-0.0113162 

6.94E-07 
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Figure 1 Relative Permeability Curves Experiments 18 and 24, First Drainage 

Under Net Confining Stresses of 200 psig, T = 70 °F and 3500 psig, T = 140 °F 
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Figure 2 Relative Permeability Curves Experiments 20 and 26, Second Drainage 

Under Net Confining Stresses of 200 psig, T=70 °F and 3500 psig, T = 140 °F 
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Figure 3 Capillary Pressure from Oil Displacing Water 
Experiment 18, First Drainage , Core Plug VM4 - Net 
Confining Stress 200 psig, T = 70 °F and Air-Mercury 

Experiment 
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Figure 3A Capillary Pressure from Air-Mercury Experiment 
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Figure 4 Oil Displacing Water Relative Permeability Experiment 18, First Drainage 

Core Plug VM4 - Net Confining Stress 200 psig, T = 70 °F 
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Figure 5 Oil Displacing Water Relative Permeability Experiment 18, First Drainage 

Core Plug VM4 - Net Confining Stress 200 psig, T = 70 °F 
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