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For Furt'her Information ... 
, 

The Natnral Gas Transmission and Distrihtion Model (NGTDM) of'the National Energy Modeling System is 
developed and maintained by the Energy Momation Administration (EN), Office of Integrated Analysis and 
Forecasting. General,questions concerning the NGTDM may be addressed to James S. Dkmer (202/586-6126), 
NaMal Gas Transmission and Distribution Project Leader, Documentation questions should be addmsed to Joe 
Bemeche (202l586-6132). 

&tailed questions on the various canpats  of the NGTDM miy be addressed to the fouowiig EIA e y s t s :  

. AnnualFlowModule Joseph G. Bmeche (202586-6132) 
Dis&utor TMModule 
Pipdine Tariff Module 

J q h  G. Benneche (20215864132) . 
James S. Dimer (2W586-6126) 

' CapacityExpansimMg3uIe J o e h  G. B-eche (202586-6132) 
Chetha Pbaug (202l586-4821) 
Joseph G. -Bmeche (2021586-6132) 

-Inputs 
Solution Methodology 

This repoh documents the archived version of the NGTDM that was used to produce the.natllraz gas forecasts 
presented in the Annual Energy Outlook 1996, @OFEU-0383(%)). The purpose of this report is to provide a 
rtftffnce document for model analysts, users, and the public that defines the objectives of the model, describes its 
basic approach, and provides detail on the methodology employed. Previously this report tepresented Volume I of 
a two-volume set Volume II reported on model pe@ommce, detailing mvergence criteria an4 properties, results 
of scnsitivi~ testing, comparison of model outputs with 'the literature andor other model results, and major 
rmresolved issues. - I  

. .  
The. m~del  doc&entation is updated annua~y to zflect signikcant model methodology and software Changes that 
take p& as the.mode1 develops. n e  next version ofthe documentation is p l a ~ e r ~  to'& re- m me first quarter . 
of 1997. 

This report was prepared as an account of work sponsored by an agency of the United States 
Government. Neither the United States Government nor any agency thereof, nor any of their 
employees, makes any warranty, express or implied, or assumes any legal liability or responsi- 
bility for the accuracy, completeness, or usefulness of any information, apparatus, product, or 
process disclosed, or represents that its use would not infringe privately owned rights. Refer- 
ence herein to any specific commercial product, process, or service by trade name, trademark, 
manufacturer, or otherwise does not necessarily constitute or imply its endorsement, recom- 
mendation, or favoring by the United States Government or any agency thereof. The views 
and opinions of authors expressed herein do not necessarily state or reflect those of the 
United States Government or any agency thereof. 
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. 1.' Introduction 

The Natural bs Transmission and Distribution Model (NGTDM) is the component of the Natioh Energy Modeling 
System (NEMS) that is used to represent the domestic natural gas transmission and distribution system. NEMS was 
developed in the office of InRgrated Analysis and Forecasting of the Energy Information Administration (EIA). 
NEMS is the third in a series of computer-base& midterm energy modeling systems used since 1974 by the EIA and *. 

its predecessor, the Federal Energy Adminisaation, to analyze domestic energy-economy markets and develop 
projections. From 1982 through 1993, the Intermediate Future Forecasting System (IFFS) was used by the ELA-for 
its arialyses, and the Gas Analysis Modeling System (GAMS) was used within lFFs to represent natural gas markets. 
Prior to 1982, the Midterm Energy Forecasting System W S ) ,  als.0 referred to as the Project Independence 
Evaluation System (PIES), was employed. 

. *  

NEMS was developed to enhance and update ETA3 modeliug capability by internally incoipOrating mode9 of energy 
markets that had previously been analyzed off-line. In a t i o n ,  greater smctural detail in NEMS permits the 
analysis of a broader range of energy issues. m e  time horizon of NEMS is the midterm period (i.e., through 2019.' 
Ir; order to represent the regional differences in energy markets, the component models o f W S  function at regional 
levels appropriate for the markets represented, with subsequent aggregatioddisaggregation to the Census Division 
level for reporting purposes. 

The projections in NEMS are developed using a market-based approach2 to energy analysis, as.had the earlier 
models. For &ch fuel and consuming sector, NEMS bahces energy supply and demaud, &counting for the 
economic competition between the various fuels and sources. NEMS is organized and implemented as a modular 
system? The NEMS models represent each of the fuel supply markets, conversion sectors, and end-use conhnption 
sectors of the energy system. :NEMS also includes macroeconomic and i n d o n a l  models. The primary flows 
of information between each bf these models are the delivekd prices of energy to the end'user and the quantities 
consumed by product, Census Division, and end-use sector. 'The delivered prices of fuel encompass all the activities 
necessary to produce (or import), and transport fuels to the end user. The information flows also include other data 
such as economic activity, hmestic production activity, and international petroleum supply availability. 

An integratins routine controls the execution of. each of the component models. The modular design provides the 
capability to execute models individually, thtis allowing independent my$s with, as well as development of, 
individual models.' This modularity allows the use of the methodology and level of detail most appropriate for each' 
energy sector. NEMS solves by iteratively calling each model in sequence until the delivered prices and quantities 
of each fuel in each ,region have converged within tolerancebothwithin individual models and between the various 
models, thus achieving an economic equilibrium of supply dnd demand in the consuming sectors; Model solutions. 
are reported annually through the midterm horizon. A schematic-of the NEMS is provided in Figure 1-1, while a 
list of the associated model documentation reports is in Appendix C. 

' 

The NGTDM 2 the.mode1 within the l W h S  that represents the aansmission, distribution, and pricing of natural-gas. 
The model also includes iepresentations of the end-use d&d fq natural gas, the productiqn of domestic natural 
gas, and the availabhty of natural gas traded on the international market bas@ on infomiation received from other 
NEMS models. The NGTDM determines the flow of natural'gas in an-aggregate, domestic pipeline network, 
connecting domestic and foreign supply regions with 12 demand regions. 'The methodology employed allows' the 
, analysis of impacts of regional capacity constraints in the interstate naNral gas pipkliqe network and the identification 
of primary pipeline capacity expansion requirements. p e r e  is an explicit representarion of core and noncore markets 

. r  

. I  

' 

' ,  

' 2 o r  the Annual Energy Outlook 19% the NEMS was executed for each year from 1990 through 2015. 
%e central theme of a market-based approach is that supply and demand imbalances will eventually beiectified through an 

adjustment in prices that eliminates excess supply or demand. 
%e NEMS is composed of 13 models and a system integration routhe. These components are fiesuently referred to as 

"modules" in other WMS related publications; however, in this publication they will all be r e f d  to as "models." Footnotes 
will be added when the formal name is different from the referenced name. The components of the NGTDM will be referred 

. 

* 

\ I  . \  to-as "modu&s." ~ . ,  
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Figure 1-1. Schematic of the National-Energy Modeling System . 
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for natural gas transmission and distribution services, and the key components of pipeline tariffs are represented in 
a pricing algorithm. Natural gas pricing and flow patterns are derived by obtaining a market equilibrium across the 
three main elements of the hatural gas market: the supply element, the demand element, and the transmission and 
. distribution network that Iinks them. The NGTDM consists. of four modules: b e  Annual Flow Module, the Capacity 
Expansion Module, &e Pipeline Tariff Module, and the Distributor Tariff Module. A model abstract is provided & 
Appendix A. 

This 'report documents the archived version of the NGTDM that was used to produce the natural gas forecasts used 
in support of the Annual. Enerh Outlook 1996, DOE/EIA-0383(96). The purpose of this report is to provide a 
reference document for model analysts, users, and the public that defines th.e objectives of the model, describes its 
basic design, provides detail on the methodology employed, and describes-the model inputs, outputs, and key 
assumptiofis. It is intended to fulfill the legal obligation of the EIA to provide adequate documentation in support 
of its models (Public Law 94-385, Section 57.b.Z). 

This report. represented .Volume I of a two-volume set. Volmne 11 reported on model performance, detailing 
convergence criteria and properties, results of sensitivity testing, comparison of model outputs with the literature 
and/or other model results, and major unresolved issues. A second volume wiU not be produced for the Anriual 
Energy Outlook 1996. Subsequent chapters of this report provide: 

s 

. An overview of the NGTDM (Chapter 2) ' ~ 

** A description of the interhce between the NEMS and the NGTDM (Chapter 3) 

0, ~n *overview of the solution methodology of the NGTDM (chapter 4) 
' The solution methodology for the Annual Flow Module (Chapter 5) ' 

The solution methodology for the Distributor Tariff Module (Chapter 6) 

0 The solution methodology for the Capacitj Expansion.Module (Chapter 7) 

The solution methodolob for the Pipeline Tariff Module (Chapter 8) . 

A description of model assumptions, inputs, and outputs (Chapter 9). 

3 

The archived version of the mode1,i.s available from the National Energy Informarion Center (NEIC) and is identified 
as NEMS96 (p& of ,the National Energy Modeling System archive package as archived for the Annuat Energy 
Outlook 1996, DOEEIA-0383(96)). 

The document includes extensive appendices to support the mate& presented in the main body of the report. 
Appendix A presents the model abstract. Appendix B lists the major references used in developmg the NGTDM. 
Appendix C lists the various NEMS Model'Documentation Fkports .that are cited throughout the NGTDM 
documentation. Appendix E provides a mapping between the model variables which are assigned values through 
READ statements in the model and the data mput files that are read. .'In addition these files contain detailed 
descriptions of the'input data, including variable names, definitions, sources, units and derivationsP Appendix.F 
documents the derivation of all mp*cal estimations used in the NGTDM. Variable cross reference tables are 
provided in Appendix Gr A mapping of equations presented in the documentation to the relevant subroutine in the 
code is provided in Appendix H.' Lastly,. Appendix Fdocuments the $witches that have been built into the model 
to conduct automated sen&tivity analysis. 

~ 

I . .  

, -  

'A PC diskette with these data fiIes is available upon request by mx&ting Joe Benneche (202) 586-6132. 
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2. Overview 

I 

-. 
The purpose of this chapter is to provide a brief overview of the Natural G& Transmission and Distribution Model 
(NGTDM) and its capabilities. The NGTDM is the component of the National Energy Modeling System (NEh4S) 
that represents the mid-term nahml gas market. The NGTDM models the natural gas-transrmss a ion and distribution 
network in the Lower 48 States that links the suppliers (including importers) and consumers of natural gas, thus 
d e t e m g  the regional market clearing natural gas end-use and supply (including %order) prices. The demand 
regions modeled are the 12 NGTDM regions (FQure 2-1). These regions are based on the 9 Census Divisions, with 
Census Division 5 split into South Atlantic and Florida, Census Division 8 split into Mountain and Arizona/New 
Mexico, Census Division 9 split into California and Pacific, and Aliiska and Hawaii hanged independently. 
For&& are reported annually through2015 fq natural gas end-use prices in the residential, commercial, industrial, 
electric generation, and transportation sectors. . 

The model structure consists of four major components. The Annual Flow Module (AFM) is the integrating module 
of the NGTDM. It simulates the natural gas price determination process by bringing together all q j o r  economic 
and technological factors that influence regional natural gas trade in the United States. The Capacity Expansion 
Module (CEM) forecasts the development of new natural gas pipeline and storage facilities and sets maximum annual 
utili./ntion rates based on a seasonal analysis of supply capabfities and demand requirements. The Pipeline Tariff 
Module represents the development of firm/interruptible tariffs for transportation and storage services provided 
by interstate pipeline companies. The Distributor Tariff Module (DTM) represents the development of markups for 
distribution services provided by local distribution companies and for transmiision services provided by intrastate 
pipeline companies. The modeling techniques empfoyed are linear programs for the AFM and the CEM, 
accounting algorithm for the PTM, and a largely empirical process based on historical data for the DTM. , 

The NGTDM provides a number of key modeling capabiities that were not available in its predecessor model, the 
Gas Analysis Modeling System '(GAMS). These capabilities give the NGTDM the ability to: 

, 

Represent interregional flows of gas'and pipeline capacity constraints ' 

Represent regional supplies 

' 

Represent different types of transmission service (tim and interruptible) 

~ a ~ c & t i  eksions-associated with pipeiine fie1 u ~ e  ' 

Determine the amount and the location of additional pipeline and storage facilities on a regional basis 

Capture the economic tradmffs between pipeline capacity additions and increases in regional storage 
I 

. I  capability 

Provide a peakloff-peak, or seasonal analysis.capability in the area of capacity expansion 

Quantify capital invktment h capacity expansion 

Distinguish customers by category (core and nonmre) in end-use sectors. 
, 

i , I .  

These capabilities will be3described ih greater detaii-m the subsequent chapters of this report which desc;ibe the ' 
individual modules of the NGTDM. 

. . I  * .  
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Figure 2-1. Natural Gas Transmission and Distribution Model (NGTDM) Regions 



Model Objective's' , . 

The purpose of the NGTDM is to derive natural gas end-use and wellhead prices and flow patterns for movements 
of natural gas through the regional interstate network. The prices and flow patterns are derived by obtaining a 
marlie! equilibrium across the three main elements of the natural gas market' .the supply element, the demand 
element, and the tranmsion and distribution network that linhs them. The domestic supply, imports, and demand 
representations are provided as inputs to the NGTDM from other National Energy Modeling System (NEMS) ' 
modules. The representations of the key features of the transmission and distribution network, which include 
interregional netwqrk capacities and trahsinision and distribution service pricing, are the focus of the various 
components of the NGTDM. . 

,The need to m&l these specific characteristics of the ~ tu ra l  gai industrysems from the structura~ changes that 
have taken place in the industry 0% the last 10 years. These changes include complete deregulation of the wellhead 
market, the unbundling of pipehe services, and the mtroduction of competitive forces related to pipeline expansion 
decisions, and transmission and distribution service pricing. Some of these changes have already had a large effect 
on the market, while other changes have recently been initiated and have yet to provide a significant impact on the 
prices and availability of services. Two key factors support the need to include an expqcit representation of the 
transmission and distribution of natural gas within NEMS. The first is the substantial decline m wellhead prices 
which results in the aquisitim'costof the commodity itself genetally beiig less than half of the end-use price.' The 
second is the ongoing evolution of the market. This ongoing evolution also supports the need for significant 
flexibility m how prices for transmrs sion and distribution services are represented in the NGTDM and how the 
interregional flows respond to prim over time. Becaise of this, the NGTDM is a completely new system that 
provides, in addition to mid-tern forecasts of end-qse prices,-forecasts of prices for, availabfity of, expansion of, ' 

Prior to model development, a working paper w& compiled by the EM to establish the specific requirements for 
the overall NEMS, & well as far each of the component 'modules?, Requirements pertaining specifically'to the 
NGTDM were based on: (I) analygs perfoxmed with EWs IFFS/GAMS forecasting'system, (2) limitations of 

. G d S ,  (3) the regulatory reform-agenda of the FederalEnergy Regulatory Commi&on (FERC), and (4) Department 
of mer& (DOE) policy initiatives as,outlined m the National Energy Striikgy! These requirements, albng with 
recommendations from arecent Model Quality Audit of the GAMS by the Office of Statistical Standards,' yielded 
a list .of design guidelines for the NGTDM that support a broad array of desired analyses. Based on these guidelines; 
the NGTDM needed to: 

Represent pipeline capacii limitations exiting.the major producing regions and entering the major 

. 

* 

and utilization of inkcstate natural gas pipeline services. .. 

,* 
.'market areas . .  
. Employ a solution procedure bked on, an intkregional trade equilibrium model that attempts to 

minimize simultaneously the global costs of supply and transportation subject to gas supplies available 
in each region, regional demand rkquirements,-and pipeline capacity constraints 

Incorporate a transmissionlstorage capacity expansiontplanning module that would recognize on-going, . . 
and planned/announced capacity expansion projects, as well as other capacity expansion needs . *  , throughout the forecast period 

Have the ability to endogenously d e t e w e  market based rates for pipeline transportation services 

Have the ability to padtion the natural-gas market'to apply either market basea'or cost based rates to 
specific segmets of end-use sectors or to the k k e t  as a whole 

.. 
. 

' 

. I  
1 

%nergy Information Administration, Office of Integrated Analysis and Fo&ting, "Requirements for a Natiod Energy 

6National Energy Strategy, First a t ion ,  1991/1992 (Washington, DC, February 1991). 
Modeling System," December 12,1991. 

7 Carpenter; Paul R.; Review of the Gas Analysis ModeZing System (Boston, M e  Incentives Research, hc., August 1991). - . .  . . .  , 
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Employ a short-run supply curve that includes a direct representation of m&ginal souqes of supply 

Represent Canadian and Mexican pipeline gq.trade and liquefig ~tura l  gas trade 

Account for, emissions of 'criteria :pollutants that are emiped as a by-product of the natural gas 
trammission and dispibution industry 

Account for cap& investment requirements of storage and capacity expansion projects 
transmission and distribution sector. . 

the 

During the development of the model methodology, a study w k  made'of existing models &d modeling tkchniques 
that might be used to meet the above requirements. Based on this study and the reports mentioned previously, it 
was determined that no model currently in existence could satisfy the NEMS requirements, and,thus knew model 
was needed. The results 6f the study are prented in Appendix D. Documents that were referenced in support of 
the model development effort are listed .in Appendix B. 

The following sections provide brief overviews of the four components of the NGTDM. 

. .  . 
- 

Annual Flaw Module . 
The Natural Gas Annual Flow Module (AFM) is the main integrating modhe of the NGTDM.. @e of its major 
functions is to simulate the patural gas price d e h t i o n  process. The AFM brings together all major economic 
and technological factors that influence regional Mtural gas trade m the United States. The economic considerations 
indude the demand for and the supply .of natural g", competition from substituk fuels and conservation options, 
and competition from'imported natural gas. 

The AFM integrates all components of the NGTDM (the AFM itself, the Capadity Expansion Module, the Pipeline 
Tariff Module and the Distributor Tariff'Module). Through this integmtion process, @e AFM derives average annual 
natural gas prices- (wellhead, .city gate, and end-&) that reflect an interre&onal trade market equilibrium among 
competing gas supplieS, end-use .sector consumption and transportation routes. End-use prim are derived for both 1 

The historical evolution of the price de&on process @md&ed by the A h 4  is depicted schematically in Figlire 
2-2. Until recently; themarketing chain was very straightfmard, with end-users and local distribution companies 
contracting with pipeline companies, and the pipeline companies in.- contracting with producers; R i p  typically, 

. reflected average costs of providing krvice plus some regu@tor-specified- rate of r e m .  Although this approach is 
sti I l  employed, more pricing flexibility ik being introduced, particularly in the interstate pipeline industry., Pipeline 
companies are also offering a-.imge of services under competitive and market-based pricing arrangements. 
Additionally, new players-for example marketersof spot gas and brokers for pipeline capacity-have entered the 
market, creating new links connecting suppliers wit@ end-users.' The marketing links ,,will become increasingly 
complex m the future. - 
The level of competition for pipeline -ces (genemy ii function,of the number of pipelines having access io i 
customer and the amount of capacity avmble) is currently driving the prices for intenyptible'trammm - ion service 
and is beginning to have an effect on firm service prices. Cmntly, there are significant differences across regions 
m pipeline capacity utilization? These regional cIiffegmes are evolving as new pikline capacity is constructed to 
relieve the capacity constraints in the Northeast and on the West Coast, and to expand markets in the Midwest. As 
capacity changes tak? place, prim of services should adjust accordingly.to-reflect new market conditions. 

' 

. .  

core and nonme qarkets. Within NEMS the classification of customerq as core verius noncore isprqletennhed. 1 

. 

. ' 

'Energy Information Admihistration, Capmi& and Service on the Intentate Natural Gas Pipeline System, 1990: Regional 
1 ,  

- P r o m  and Analyses, DOEIEIA-OS51 (Washington,DC, May 1992). 

24 
. .  
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Figure 2-2. Principal Buyer/Seller Transaction Paths for Natural Gas Marketing 

Traditional Tfansaction Paths 
-------- Additional Transaction Paths Under Open Access 

I 

- .  . Federal initiatives (most recently compiled in FERC Order No. 636) are redudkg bariiers to market entry and are 
encouraging the development of more competitive markets for pipeline services. Potential mechanisms used to make 
the transmiksion sector more competitive include the widespread capacity releasing-programs, market-based rates, 
and the formation of market cent& with deregulated upstream pipeline services. Some 'combmtion.of these 
mechanisms will probably be used in the future. As the outcome is unknown'at this point, the AFM.is not designed 

' towards market based pricing of transmission servim. 

The regional supply detail m the AFM, in conjunction 'with the AFM representation of pipine capadty, supports . 
analysis of regional shifts in supply and. demand patterns. Regional differences in marginal sources of supply are 
also captured. F i d y ,  the AFM addresses: transmission fuel consumption and losses; emissions associated with 
mmsmission fuel consumption; the impaqt of the Canadian-and Mexican natural.gas markets on the U.S. gas market; 

, 
I to model. any specific type of program. It is ins& designed to simulge &e o v a -  impact of the movement, 

. 

and capacity rationing (accomplished via the pricing of services). . .  

. . 
' Capacity Egpansion Module 

~\ 

The primary plnpose of the Capacity Expansion Moduie (CEM) is to simulate the decisionhnaking &ess f& 
exqanug pipeline and/or storage capacity in the u.S. gas market. In simulating gas pipeline &pacity expansion, 
the CEM: (1) determines the amount of pipeline and storage capacity to be added between or within regions in the 
NGTDM, 'and (2) establishes effective (or practical) maximum annual utilization rates for ea.& of the interregional 

routes are established to capture the impact of variations in seasonal demand on the maximum amount of gas which 
, pipeline routes represented in the Annual Flow Mbdule. Maxjmum'utilimtjon kites (or load factors) on pipeline . ,  
* 

' 
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. can practically flow between regions within a ye&. Pipeline and storage capacity additions are used in the Annual 
Flow Module (in combination with the load factors)-to set limits on annual interregional flows and to set 

future storage rates and inmkdonal pipeline tariffs. 

The CEM was designed to, address the guidelines . h t  support a broad m y  of desired analyses and policy questions 
to be -answered, such as: 

* 

working gas storage levels. These capacity additions are also used in the Pipeline Tariff Module when determi& g 
8 

, .  
What impact will the increased demand for natural gas attributable to greater market penetration of new 
endme gas technologies have on the utilization of the. U.S. pipeline grid and requireme& for new 
capacity? In what regions is capacity likely to be added? 

What might be the @pact of a proactive n&ural gas policy'on $e utilization of pipeline capacity and. 
the need for pipeline expansion? 

Howwill unbundling and the increasingly market-oriented pricing of gas supply and transmission 
services affect the differences Between delivered prices for residenWcommercial and industrial and 
electric generators sector gas users? 

: 

I .  

. 

' Regulation affecting the demand for gas and the supply of gas, such as emissions controls and tax 'd.k are 
modeled w i t h  the demand models of NEMS and the Oil and Gas Supply Model, respectively. The Pipeline Tariff 
Module and the Distributor Tariff Module provide tariffs to the CEM. Therefore, regulations affecting the setting 
of rates are specified within these two tariff modules, and arq subsequently incorporated within the CEM. When 
the NGTDM is used to analyze the impact of new regulations which will increase or decrease expansion costs, these 
adjustments .wiU be incorporated within the Pipeline Tariff Module, where the interstate'miffs ksociated with , 

expanded pipeline or storage capacity are calculated (e.g., incremental versus r0ll'ed-n rates for new capacity). 
W i m  the CEM, parameters can be set to capture the impact of changes i n . 1 ~  times 'assdated with the regulatory 
approval process for pipeline and storage expansion. 

. The design of the CEM is consistent with the NEMS requirements for modeling natural'gas pipeline capacity and 
capacity expansion: "The model will respond'to external decisions (assumptions) about throughput capacity for 
natural gas facilities including the expansion of facilities (iiterstate pipylin&, storage and.import faties), and 
maintenance and replacement of facilities, as well as the associated cpsts. The output reports will contain capacity 
requirements and utili7ntion rates distinguiShed by region."' 

' 

, ' 

. . '  
1 

' 

. . 
. .  . .  

Pipeline Tariff Module 
The primary plnpose of the PipelineTariff Module 0 is to compute tariffs for transportation and storage semi& . 

- 1  

provided by interstate pipeline companies. These tariffs are used within the h u a l  Flow Module to derive supply 
and en'd-use pfi& and w i @ h  the Capacity Expansion Module to derive capacity additions. The &s are computed 
for individual pipeline companies, then aggregated to the major gas pipeline c,oriidors or arcs (in the United States) 
specified in @e NGTDM netwofk, as'descxibed in Chapter 4. An accounting system is used to k k  costs and 

interruptible transportation and storage services. Trauspomtion-taiiffs *e computed for interregional arcs defined 
by the NGTDM network. These network tariffs represent an aggregation of the tariffs for individual pipeline 
companies supplying the netivprlc arc. Storage tariffs ,qe defined at regional NGTDMPetworli nodes, and, likewise, 
represent-= aggregation of individual company s t o a e  tariffs.- Note that these services are uubunded, and do not 
include the price of gas, except for the cushion gas used to mainkin minimum gas pressure. - Furthermbre, the 
module cannot address iompetition for pikline or storage services along an aggregate arc or within an aggregate 
@on, respectively. . 

. 

' compute rates under various rate design -and kgulatory scenarios. Tar&$ are computed for both fm and < : 

. .  . 
. . 

s e r g y  Information Admhistration, Requirements, pp.' 12-13; , 
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' 
* .Since the tariffs determined by the PTM represent an aggregation of individual pipeline companies, the lYi'M is not 

designed to m e s s  the issue of analyzing competition within a regional pipeline corridor. It should also be noted - 
' that the PTM deals only with the interstate market, and thus does not capture the impacts of State-specific regu4tions 

for htrastatk pipelines. Intrastate transpoktion charges are accounted for within the Distributor Tariff Module. 

Pipeline tariffs for transportation and storage services.represknt a significant portion of the price of gas to end-users. 
' Conshers.of natural gas are grouped generally into two CategoIies: (1) tho& who need.finnor guaraateed Service 
because gas is their only fuel option'or because they are willing to pay for security of supply, and (2) those who do 
not need guaranteed. service because they can either periodically terminate operations or Use fuels other than natural 
gas. The first group of Customers (core customers) purchase firm transportation services, while the latter group 
(noncore customers) purchase interruptible services or released capacity. Pipeline companie3 guarantee to their core 
custom& that they will provide peak day service up to the maximum capacity specifiea under-their contracts even 
though these customers may not a c W y  request transport of-gas on any given day. In r e m  for this service 

. guarantee, these customers pay monthly reservation fees (or demand charges). 'These reservation fees are paid in. 
addition to.charges for traqxam 'on service based on the quantity of gas actually transported (usage fees or 
commodity charges). The PTM transportation and storage rates to core customers are based on the av&e cost-of- 
service proviw by the pipeline to all of its comparably situated core customers. 

The actual reservation' and @e fe& (tariffs) that pipelines are allowed to charge &e regulated by the Federal 
.Energy Regulatory Commission (ERC). FERC's mtemakm g traditionaJly allows (but dbes not ne&sarily. 
guarantee) a pipeline company to recovex its costs, including what.the regulators consider a fair rate of r e m  on 
capital. A fundamental decision in cost-based rate design is-.ihe apportionment.of costs among custbmQ classes. 
How costs are apportioned determines the extent of differences in the rates charged to different classes of customers 
and for different types of service. For example, the more Gxed costs that are included in usage fees, the more 
nonmre customers share in paying pipehe costs. 'However, transferiiug a larger share of fixed costs to reservati&- 
fees'leads to core customers b e e g  a larger share of system costs. The PTM is designed to provide flexibility m 
allocating fixed and variable costs to core and noncore customers so that vqious pslicy initiatives may be examined. 
A recent change in the PTM is a revenue crediting mechanism to capture the gross effects of revenue crediting for 
pipelineprovided interruptible services. Shouldrevenues from integuptible customers exceed costs allocated to them, 
a portion of the excess revenues is credited back to firm customefs and the remainder is left for pipeline profits. 

* 

, ' 

I .  

\ 
. .  

, *  

. 

Since requirements of noncore customers generally are not taken into account in determining the peakday delivery 
requirements of pipeline systems, the availabiity of capacity to serve these customers during peak consumption 
periods can be limited, and interruptions can occur. E R C  sets maximum and minimum rates a pipeline is allowed . 
to charge for inteqtible service; thus, pipeline companies are allowed to offer discounts from the maximum usage 
fee at'their discretion provided they do not unduly discriminate among customers. Since rates may be discounted 
to the variable cost of moving gas, and the major portion of the pipeline costs are fixed costs,.the pipelines have 
considerable discretion m setting rates. Additionally, various rate making policy options currently under discussion 
by FERC may allow peak-season rates to rise substantially above the 100-percent load factor rate (also hown as 
the full cost-of-service rate). h capacity-constrained markets, transpoRation rates based on marm costs will be 
signiticantly above the full cost of service ram. 

In the PTM, fixed and variable cost allocation provides flexibility m modeling a pipeline compai~y~s response to 
recent FZRC regulatory decisions to unbundle pipeline sales and transportation services, and to encourage market- - 
based responses to competition. The cost allocation is specifred at the pipeline company-level. After individual 
company revenue requirements are detexmjned, they are aggregated across companies to the arc-level specified by . 
the NGTDM network. The PTM estimates maximum and minimum inteqtible transportaton service rates which 
are used to determine inteqtible service arc-leveFtariffs charged to noncore customers. The maximum rate 
computed by the FTM is the full cost-of-service rate (currently the 1Wpercent load factor rate). The minimum rate 

, is the variable cost of transporting gas. The actual rate charged noncore customers is a function of market 
cpditions. The lower bound is set between the regulated maximum and minimum rates as a function of pipeline 
capacity utilization. In noncapacity constrained markets, the lower bound becomes the effective rate. The effective 
rate charged in the Annual Flow Module in capacity-constrained markets is based on mara- costs and, on occasion, 
exceeds the maximum rate computed by the PTM. 

' 

' 

, 

. *  
. t  

- 

. .  

./ 

I .  ./ % ,  . .  
I 
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Theoretically, the E"M could compute either incremental or rolled-in (average) rates for new capacity, thus allowing 
a more comprehensive analysis of the results of supply and demand shifts on capacities and flow patterns, as well 
as a more representative analysis of the pricing of natural gas transportation and distribution  service^!^' 

. 

. .  I 

Distributor Tariff Module 
The Primary purpose of the Distributor Tariff Module (DTM) is to detehe' the com~nents of end-use prices that 
are regulated by State and local authorities. These consist of (1) distributor markups charged by local distribution 
companies for the distribution of &tural gas' from the city gate to the end user and (2) markups charged by intrastate 
pipeline companies for intrastate' transportation s'ervices. IntrastSite pipeline tariffs are specified exogenously to the 
model and are d e n t l y  set to zero. ' 'However, these tariffs are accounted, for in the model indirectly. End-use 
service is distinguished within the DTM by sector and serviCe type. 

Distribution 'markups represent a significant portion of the price of g@ to customers. These customers include' the 
residential, commercial, industrial, elecqic generap& and transportation (compressed natllral-givehicles) &tors. 
Each sector has different distribution service requirements. For example, the core customets in the,model 
 residential,^ transportation, commercial and some industrial and electric generator customers) require guaranteed on- 
& m d  (firm) service because natural gas is their only fuel option. In contrast, large portions of the ihdustrial,and 
electric generator sectors may not rely,solely on guaranteed service because they can either periodically terinhate 
operations or switch to other fuels. These customers are'referred to as noncore. They can elect to receive some gas 
supplies through a lower priority (and lower cost) interruptible msportation service. ' D-uring periods- of peak 
demand, services to these sectors c g ~  be mtmpted in order to meet the natural gas reqkements of core customers. . 
In addition, these customers may select to bypass the local distribution company pipelines and hook up directly to 
interstate or mtrastate pipelines. 

. n 

. ' 

* 

' 

The actual r$tes that local distribution companies and intrastate carriers are allowed to charge are regulated by State 
authorities. State rate&g traditionally allows (but does not n&@y guarantee) local distribution companies 
And intrastate caniers to recover their costs, including what the regulators consider a fait rem on capital. These 
rates are derived from the Cost of providing service tp the end-use custcnnei. The State authority determines which 
expenses can be passed thrpush to customers and establishes an-allowed rate of return. These measures provide the 
basis for distinguishing rate differences among customer classes and type of service by allocatihg costs to these 
classes and services based on a rate design. -The DTM does pot directly accoudt for the separate cost components 
in &king a revenue requirement for distribution services, but approximdes q e  change in the total revenue 
requirement ftom year to year. 

The DTh4 represents distribution tariffs. to the core cus&mers (excluding the transportation sector) by, estimating ' 
annual dmges.to total distribution costs, and subsequently the related tariffs; starting from a base year. .Base year 
values for total costs and distributor tariffs are established ushg historical data. The annual change in total cost is 
dependept on an assumed increase id ope@onal efficiencies, as' well as the annual change in'natural gas 
consumption aIid in nationalaverage capital and employmentcosts. The revmue requirements from cok customers 
are adjusted due to an assumed contribution of revenueS from noncore customers. The allocation of these revenue 
requirements to individual sectors is primarily degndent on the relative annual change in consumption across sectors. 
user-speciiied parameters a ~ o w  adjustment of the-markups tb account for shifrs due to regulatory policy., 

, these modeling choices are the result of data limitations!' 

. 

0 

of I 

- -  
.=- 

'DThroughout the report, reference will be made to the current formulation of the NGTDM where.inmmental rates will be used 
a 6  market test for capacity exfausion, and where the AFM will use rolled-in rates in solvipgfor flows and prices in the firm 
market and market-based rates or the intermptible market. However, the epability exists wthm the F'TM to compute different 
types of rates allowing it, and thus the NGTDM, to respond to different rare design and regulatory scenarios. 

"EIA data surveys cunrently do not collect the cost components required to derive revenue requirements and cost-of-service 
- ' for local distribution companies and intrastate carriers; nor are these data collected by other public orprivate sources: These cost 

components-can be compiled from rate filings to Public'Utility Commissions; however, an extensive data collection effort is 
beyond the scope of NEMS atthis time. This data collection may G considered for a future development efforL 

. 2-8 EIAQAodel Documentation: Natural Gas Transmission and Distribution Mlklel Volume I 



._ . .  

Distributor markups to the nonmre customers &e &t at historical levels and are held constant: A us,er-specifi d 
option is available for allowing these rates to decline (or increase) steadily throughout the forecast, The natU;dl gas 
vehicle (NGV) sector maikups are calculated separately for fleet and personal ~ehicles. Markups for fleet-vehicles 
are set and held constant at.historical levels with faxes added (although a user-specified decline rate is allowed). 
Markups for personal vehicles are set at the industrial sector core price, plus taxes, plus an assumed distribution cost. 
This price is capped at the gasoline equivalent price, %.long as minimum costs are covered. 

. 

, 

Since the markups determined by the DTM represent an aggregation of individual local distribution companip and 
intrastate pipeline companies, this module is not designed to address the issue of analyzing competition for 

. distribution services within a region. .It should also be noted that the DTM deals only with issues at an aggregate 
regional level, and thus’ does not capture the impacts of State-specific regulations on intrastate tariffs and by-pass 
issues. Finally, the procedures used by the DTM to estimate.markups are iimited by the types and avaihbili6 of 
data. 

. *  

.. 

, 

. .  

. .  
. 
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I, 3. Interface Between the NEMS and the NGTDM 

- This chapter presents the general &e that the Natural Gas Trhqission and.Distribution Model (NGTDM) plays 
. in the NEMS. First a ,gmed  description of the NEMS is provided,. along with an overview of the NGTDM. 

Second, the data passed to the NGTDM from other'NEMS models.will be described along with the-methodology 
used within the NGTDM to transform these prior to their use in the model. .The natural gas demand representation 
provided to the NGTDM from the Electricity Market .Model (EMM) and from the end-use demand models of NEMS 
is desuibed, 'followed by a section on the gas supply intefice.' F d y ,  the-infomation that is passed' to 
.other NEMS models from the NGTDM wil l  be.described 

< 

A Brief Overview of NEMS and the-NGTDM 
The NEMS represents all of the major fuel markets-crude og and petroleum &urn, M& gas, coal, electricity, 
and imported energy-d iteratively solves for an annual supplyldemand balance for each of the 9 Census Divisions, 
accounting for the price responsiveness in both energy production and end-use demand, and for the intexfuel 
substitution possibilities. NEMS solves for an equilibrium in each forecast year by iteratively operating a series of 
fuel supply and demand models to compute the end-use prik and consumption of the fuels represented.'* The 
end-use demand models-for the residential, commercial, industrial, and transportation sectors-are detailed 
representations of the important factors driving energy consumption in ea* of these sectors. Using the delivered 
prices of each fuel, computed by the supply modules, the demand models evaluate the consumption of each fuel, 
taking into consideration the interfuel substitution possibilities, the existing stock of fuel and fuel conversion: burning 
equipment, and the level of economic activity. Convers@y, the fuel conversion and supply models detexmine,the 

' ' end-use prices needed in order to supply the amount of fuel demand& by the customers, as determined by ,the 
demand models. Each supply module considers the tktoh relevant to that partic&. fuel, for example: the resource 
base for oil and gas, the transportation costs for coal, or the refinery configurations for petroleum products. Electric 

Wit& the NEMS system, the NGTDM provides thekterface betw&n the Oil and Gas Supply Model,(OGSM), and . 
the demand models in NEMS, including the EMM. The NGTDM determines the price and flow of dry natural gas 
supplied internationally from the c0ntiguous.U.S. or domestically from the yellhead (and indirectly from 
nadural gas processing plants) to the domestic end-u~er:~ In so doing, the.NGTDM models the markets for the . 
transmission (pipeline companies) and distribution (local distribution compades) of natural g&in the contiguous . 
United States. The primary data flows betyeen the NGTDM and the other oil and gas models in NEMS, the 
Petroleum Market Model (PMM) and the OGSM, are depicted in Figure 3-1. 

s.  Functionally, each of the demand modeis in NEMS provides the level of natural g& that would be consumed at the 
burneqip by the represented sector at'a @yen end-use price; and the OGSM pmvides the level of natural gas which 
would be produced (or imprted) at the wellhead (or border crossing) for a given supply price. The NGTDM uses 
this infomation to build "short-term" supply or demand ciwes which are used to approximate a given model's 
response to prices within a Iimimj range.'' Given these short-term deniand and supply curves; the NGTDM model 
solves for the end-use, wellhead, and border prices that represent a natural gas market equilibrium, while accounting 
for the cost and market for transmission and'distribution semi? (including its physical andregulatory constraint.$). 
These solution prices, and associated production levels, are h turn passed to the OGSM and the demand models, 

. 

. 

generators and refineries are both suppliers and consumers of ehergy. - .  
, .  

. 
' 

- ,  

' 

1 

.=- 

'*A more detailed description of the .NEMS system, including the convergence algorithm used, can be found in "National 
Energy Modeling .System Integrating Module Documentation Report-: DOEIELA-MO57, December 1993. 

2Because of the distinct separation in the natural gasmarket between Alaska, Hawaii, and the contiguous Unitd States, natural 
gas consumption in, and the associated supplies from, Alaska and Hawaii are modeled separately from the contiguous United 
States within the NGTDM. 

"Natural gas exports are also represented within the model. 
"Special parameters are provided by OGSM €or the construction of supply curves for domestic nonassociated'natural gas 

production and by EMM for the construction of demand curves for natural gas consumed by e l ~ t r i c  generators that ,can use 
residual fuel oil as an alternate. i 
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Figure 3-1. Primary Data Flows Between Oil and Gas Models of NEMS 
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including the EMM, as primary input variables. In addition to the basic calculations performed within these models, 
the parameters which define the natural.gas supply or demand curves used in the NGTDM are updated (&, 
appropriate) to reflect the prices most recently provided by the NGTDM. 

- .  
The NGTDM modei is composed of four primary components or modules: the Annual Flow Module, the Capacity 

' Expansion Module, the Pipeline Tariff Module, and the Distributor Tariff Module. The Annual Flow Module is the 
central module of the NGTDM, since it is used to derive flowsad prices of natural gas in conjunction with an 
annual natural gas market equilibrium. Conceptually the Annual Flow Module is a simpWied representation of the 
natutaE gas transmission and distribution system, structured as a network compqsed of nodes &d arcs. The other 
three primary components serve as satellite modules to the Annual Flow Module, providing parameters which define 

. some of the characteristics of these nodes and arcs. Other p m e t e r s  for defining the natural gas market (such as 
supply and demand cuives) are derived based on infomation passed from other NEMS models. -The Capacity 
Expansion Module provides the AnnuaI Row Module .with: regional underground storage activityI6 and maximum 
annual flow limits along each of the arcs m the network. The Pipeline and Distributor Tariff Modules provide set 
the tariffs to be charged along each of the interregional, mmegional, mtrastate, and distribution arcs. Data are also 
passed back to these satellite modules from the Annual Flow Module and between the satellite modules themselves. 

' 

. .  
The NGTDM is called once for each iteration of NEMS, but a l l  modules are not run for every call. The Pipeline 

I Tariff Module and the Capacity Expansion Module are executed once for e%h .forecast year, on the first iteration 
of each year and'the last iteration of each year, respectively. The Annual Flow .Module and the Distributor Tariff 

, Module are executed once every NEMS iteration. The calling .sequence of 'and the interaction among the NGTDM 
modules is as follows for each year of execution of NEMS: 

. 

Fmt Iteration: 

The Pipelbe Tariff Module determines tariffs for derregional and interstate pipeline company 
transportation and storage services, using a cost b e  simulation, and .establishes tariff curves for 
pipeline and storage expansion. 

, 

I 

EachIteration: . .  , 

' The Distributor Tariff Module sets markups for intrastate transmission and for distribution services 
.based on historical data and assum+ parameters. Next, the Annual Flow Module incoprates tariffs 
fiom the Pipeline Tariff Module and madrups fiom the Distributor Tariff Module mto a linear program 
that solves for interregional flows based on supply availabfity, demand requirements, and pipeline 
capacity constraints. The linear pro- determines a market equilibrium solution by maximizing 
consumer and produqr surpluses, while minimixing supply and transporfation costs, thus determining 
natural gas end-use and supply prices and domatic production. Pipeline capacity constraints for tkie 
fitst year (or years) of execution are determined fiom historical data Subsequent year's constraints 
are taken from the previous year's Capacity Expansion Module results. 

Last Iteration: 

1 
' 

. .  - 

f i e  Capacity Expansion Module employs the pipeline and storage expansion curves calculated in the 
Pipeline TarWModule, the tariffs fiom the Distributor T W  Module, and expected future supply 
availability and consumption levels from other models in the NEMS. The Capacity Expansion Module ' 

represents two natural gas market seasons wiihin a linear program structure to determine pipeline and 
storage capacity expansion (beyond pla&ed additions) for a future year, by minimizing the pipe&e . 
and storage expansion costs required to meet the exvted. consupption levels of natural gas. The 
resulting pipeline capacity build requirements and seasonal flow patterns are used to establish effective 
limits on the annual load along pipelines, for use m the Ann& Flow Module. In addition, annual net 

, .  

'%e CEM determines annual net s&age withdrawals by firm A d  interruptible service types. The sum-of these two values. . . .  by region in the forecast period equals zero. 
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&rage withdrawals for the fum and.inteqtible service networks are set based on resulting 
pealdoffpeak flows to and from storage in the Capacity Expansion Module. 

The primary outputs from the NGTDM, which are, used as input in other NEMS models, result Born establishing 
a natural 'gas market equilibrium solution: end-use.prices, wellhead and border crossing pric-es, and associated 

. production and Canadian import levels. In addition, the model provides a forecast of lease and plant fuel 
consumption, pipeline fuel use and the corresponding emissions, as well as pipeline and distributor tariffs, pipeline' 
and storage capacity expansion, and interregional natural gas flows. The capital investments associated with the 
expansion of pipeline and storage capacity are provided to the macroeconomic model of NEMS. 

I 

5 

Natural Gas. Demand Representation ' 
Natural gas which is produced within the United States is consumed in lease and plant operations, %livered to 
consumers, exported internationally, and consumed as pipeline fueL The consumption of gas as lease, plant, and 
pipeline fuel is detamhed within the NGTDM. Gas used in well, field, and lease operations is 'set equal to an 
exogenously specilied percentage (Appendix E, PCTLSE-SUPL) of dry gas production. Gas consumed in MW 
gas processing plants is similarly calculated, however, the percentages that are used are provided by the Petroleum 
Market ModeL" Pipehe fuel use depends on the amount and distance of gas transported and distributed in each 
region, as desuibed in Chapter 5. The level of gatural gas exports are currently determined exogenously to NEMS 
and passed to the NGTDM from the OGSM model. Exports are distinguished by six Canadian and three Mexican 
border crossing points, as well as for exports of liquefied ~ N r a l  gas to Japan from Alaska. The representation of 
gas delivered to consumers is described below. 

Classificafion of Natural Gas Consumers 

Natlnal gas that is delivered to consumers is represented within the NEMS at the Census Division level and by five 
primary end-use sectop: residential, commercial, industrial, transportation, and electric generation!' These 
demands are furfher disthguished by customer class (core or noncore), reflecting the type of naturalgas transmission 
and distribution service shat is 'predominately purchased. The "core" customers require guaranteed service, 
particularly during peak daydperiods during the year. The "noncore" customers require a lower quality,of 
transnission services and therefore, consume gas under a less cerrajn &d/or less continuous basis. In the NGTDM, 
the core customers are assumed to purchase firm transmission services and the noncore customers are assumed to 
purchase interruptible transnission services, 

' 

c 
Currently in NEW, all customers in the'transportation, residential, and commercial sectors are classified as ~oie.'~ 
Within the industrial sector the noncore segment includes the industrial boiler market and reberies. The noncore 

. segment of the electric generation sector is further separated into two subclasses, depending on the alternative fuel 
a plant would burn should natural gas be unavailable or relatively uneconomic. The subclass of .noncore electric 
generation plants that has the option of burning &3iUate fuel in lieu of natural gas is referred to as "competitive- 
withdistillate." The secoad subclass of noncore plants  cat^ bum either natural gas or residual fuel oil and is therefore 
referred to as "competitive-with-residual fuel." The electric generatingunits defining each of the three customer 
classes modeled are as follows: (1) core-gas steam units or gas combined cycle units, (2) competitive-with- 
distUate-d~~I-fired turbine units or gas' turbine units, (3) competitive-with-residual fuel-dual-fired steam plants 

z 

a -  

. '  

.=- 

"The factors used in calculating regional lease and plant fuel consumption are StiaUy based on historical averages and held 
constant throughout the forecast period. However, in the historical years (and, if chosen, the fnst two forecast years as presented 
in the latest available Shorr-T<nn Energy 'ouflook (STFiO);DOE/EIA-0202), these factors are scaled so the resulting national lease 
maplant fuel consumption wdl match the annual published value (Appenb E, QUH, SlQLPIN). The scaled values,for either 
the last historical (or STEO yep, if selected) are used throughout the forecast period. A similar adjustment is performed on the 
factors used in calculating pipeline fuel consumption. 

'*Natural gas burned in the transportation seck is defined as compressed natqal gas that is burned in natural gas vehicles; 
and the electric generation sektor includes all electric power generators except cogenemtors. 

'%e NEMS is structurally able to classifl a segment of these sectors as noncore, but currently sets the noncore consumption 
for the residential, commercial, and transportation sectors at zero. 
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(consuming both natural gas and residual fuel oil). Within the NGTDM, natural gas is exported to Mexico under 
fumtransllls sion service and to-Canada' under intemptible transmission service. 

For any given NEMS iteration withid a forecast year, the individual demand models in NEMS determine the level 
of natural gas consumption for each region and customer class at the end-use price for the same region, class, and 
sectof, as. calculated by the NGTDM in the previous NEMS iteration. Within 'the NGTDM, each of these 
consuhption levels (and its associated price) is used in conjunction with an assumed price.elasticity (set to zero 
fixed consumption levels are be used) as a basis for building a short-term demand Curve. These Curves are used ' 
within the NGTDM to minimixe the required number of NEMS iterations by approximating the demand response 
to a different price. In so doing, the price where the implied market equilibrium would be realized can be 
approximated. Each of these market equilibrium prices is passed to Ihe appropriate demand model during the next , 
NEh4S iteration to determine the consumption level that the model would actually forecast at this price. The 
NGTDM disaggregates the Census division regional consumption levels intb the regional representation that the ' 
NGTDM requires. The demand curve repr&entation and the regional mapping for the electric generation sector 
differ from the othei NEMS sectors as described in the following sections. 

I 

' 

Regional Representations of Demand 

' Na& g& consumption levels by a l l  nonelecrri? sectors are'provided by the NEMS demahd models for the 9 
Censusdivisions, the primary integrating regions represented in the NEMS. Alaska and Hawaii are included within 
the Pacific Census Division. The EMM represents the electricity generation process for 13'elecpicity supply 
region+the 9 North American Electric Reliabiity Council (NERC) Regions and 4 seiected NERC Subregions 
(Figure 3-2). Electricity generation .in Alaska and Hawaii. is handled separately. Within the EMM, the electric 
geneiators' consumption.of natural gas'is disaggregated into subregions which can be aggregated into Census 
Divisions or into the regions used in the NGTDM. 

With the few following exceptions, the regional detail provided at a Census division level is adequate to build a 
simple network representative of the contiguous U.S. yahml gas pipeline system. F&t, h k a  and Hawaii are not 
connected to the rest of the Nation by pipeline and are therefore treted separately from the contiguous Pacific. 
Division in the NGTDM. Second, Florida receiyei its gas from a distirtctly different route than the rest of the South 
Atlantic Division and is therefore isolated. A similar statementapplies to M o ~  Bnd New Mexico relative to the 
Mountain Division. Finally,California is split off fkom the contiguous Pa@% Division because of its relative size 
coupled with its unique energy related regulations. The resulting 12 primary regions represented in the Annual Flow 
Module are referred to as the "NGTDM Regions" (as shown in Figure 2-1). 

. 

I . 

' 

The regions which are represented in the €&I do not always @gn with State borders and generally do not share 
common borders with the Censh divXons oi NGTDM regions Figure. 3-Z).. Thekfore, demand in the electric 
generation sector is repr&ented in the NGTDM at the regions (NGTDM/EMM) resulting from the c o m b i o n  of 
the NGTDM regions overlapped with the EMh4 regions, translated to the nearest State border'(r;igure 3-3). For 
example, the South A h t i c  NGTDM region (number 5) includes three NGTDMEMM regions (part of EMM regions 
1,3, and 9). Within the EMM, the disaggregation into subregions is based on the relative geographic location (and 
'natural gas-fired generation capq5ty).of the cprrent and propbsed electric'ity generation piants within each region. 

The consumption levels for each of the nonelectric sectors are disaggregated from the 9 Census div$ions to the 12b 
NGTDM regions'by applying historically based shares which are heldconstant throughout the forecast (Appendix E, 
NG-CENSHR). For the Pacific Division, natural gas consumption estimates for Alaska are hrst subtracted to 
establish a consumption level for just the contiguou<Pacific Division before the historical share is applied. The 
consumption of gas in Hawaii was-considered to be negligible. Within the NGTDM, a relati+ely Wple mbdule 
(described later) was included for approxjmathg the consbmption of natml gasby each nonelectric sector in Alaska. 
Tjme estimates, combined with the consumption levels provided by the EMM for consumption by electric generators 
in Alaska, are also used in the calculationbf the production of natural gas in. Alaska. 

, . 
' ' 

%e "nonelectric" sectors refer to sectors .that do not produce electricity u&g natural gas @e., the fesidential, comm&cial, ' 

industrial, and transportation demand sectprs.) 
. .  I 
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figure 3-2. . Electricity Market Model (EMM) Regions * 
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Figure 3-3. Natural Gas Transmission and Distribution ModeUEiectricity -Market Model (NGTDMIEMM) Regions 
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Natural Gas Demand Curves for Nonelectric Sectors 

. While the primary analysis of energy demand takes place in the NEMS demand models, the NGTbM itself directly, . incmpomtes limited price responsive demand curves to speed the overall convergence of NkMS and to improve the 
quality of the results obtained when the NGTDM is run as, a stand-alone model. The NGTDM -may also be executed 
to de&mine end-use prices for fixed cohsumptim levels (represented by setting the price elasticity of d e e d  in 
the demand curve equation to zero). These demand curves are defined within a limited range around the 
price/quantity pair Solved for during the most recent NEMS iterati&. The form of the demand curves for the firm 
transmissih %mice type for each nonelectric sector and region is: 

. 

, 

where, 

NONU-PR-Fw = 

QBAS-NONU-Fw = 
. 

. . NONU-ELAS-F, = 
. 

. end-use price to core sector s in NGTDM region r in the previous NEMS iteration , 
(dollars per Mcf) 
naturai gas quantity which the NEMS demand models indicate wodd be consumed 
at price NOW-PR-F by core sector s in NGTDM region r (Bcf) 
short-term price elasticity of demand.for core sector s. (Appendix E) 
No& Demand curves can be repiesented with fixed consumption levels by setting 
elasti@ties,equal to zero. 

PRICE = end-use price at which demand is be evaluated (dollars per Mcf) . 
estimate of the ~ t ~ f a l  gas which' would be consumed by core sector s in region r. 

- ~ , 

NGTDM-CRVNOIW€& = 
at the price PRICE (BcQ , .  

s = corexctor (1-residential, 2-commercial, 3-industrial, 4ttansportation). 

The form of the demand curve for the none ldc '  interruptible transnission Service: type is identical, with the 
following- yaiiable~ Substituted: NGTJ?M_CRVNONUE, NONU-PR-I, QBAS-NONU.1, and NONU-ELAS-I. 

Natural Gas Demand Curves for Electric Generators 

Natural gas demand by eleCtric.generators'is.represen~ somewhat differently in the NGTDM from the nonelectric 
demands because of grw.cross prik affects. Within the EMM d gas consumption in ,the short-term depends 
first on the dispatch order of the gas buming plants, which is a function of the price of gas relative to the price of '. 
fuels burned by other powerplants, and second, on .the p e q t a g e  of gas used in dual-fired plants. If a change in 
the relative fuel prim results in a change in the &patch order.(relative to a base), the associated consumption level 
for naaqal gas burned by electric generators is.likely to ' b g e  as well. However, yith the general exception'of the 
competitive-with-residual fuel plant types, the gas consumption level of electric generators is unlikely to respond to 
changes m the gas price that do not affect the dispatch order. The &patching of powerplants is'represented in the 
EMM, not in the NGTDM. Therefore, in the NGTDM the gas cogsumption by electric generation within' +e &re 
and competitive-with-distillate service types is fixed at the values calculated by the EMM in the previous ?IEMS 
iteration. . 

In the EMM, natural gas consumption by plants classified as competitive-with-iesidual fuel can change significantly 
in response to a different price even with no switch in @e merit order. Consdption levels can change because these 
plants can swiwbetween buining natural gas and 6&g residual fuel oiI, which has historically been priced 
competitively with natural gas. A representation of the natural gas demand respo& within the. EMM for the 
competitive-with-residual fuel plant types is incorporated in the NGTDM using parameters provided by t h e m .  
TB6 representation will be platively accurate within a range of nahral gaS prices which do not lead to .a merit order 
change. 

Sin& the demand .for natural gas m the competitive-with-residual fuel, class within'the-EMM is a function of the 
relative price of the two competing fuels, ?he demand curve to represent this customer class is specifed within the 
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. s  . 
NGTDM as a furiction of the price of natural gas relative to the price of residual fuel oil to electric generators, as 
illustrated in Figure 34. For a given demand for electricity and a given dispatch order for a region within the E m ,  
there is a maximum (GSHRMAX) and a minimum (GSHRMIN) level of natural gas whidh'would be consumed by 
the competitivewith-reside fuel class (represented'by the vertical lines in the figure). GRATMIN is the lowest 
price ratio which would result in a consumption level equal to GSHRMIN, and GRATMAX is the highest price ratio 
which would result in a consumption level qual to GSHRMAX. For each NGTDM/EMM region, the EMM 
providks .these pridquantity pairs to the NGTDM based on the dispatch order from the current NEMS iteration. 
These are two of the four pridquantity pairs provided by the EMM, whjch the NGTDM connects to form a piece- 
wise linear demand curve for the competitive-with-residual fuel class within the electric generation sector. The EMM 
also provides the quantity of gas (GSHRPm) that would be consumed at the price ratio which represents parity 
(GRATPk), and the quantity of gas that would be consumed at the natural gas price (converted to a price ratio in 
the NGTDM) which was sent to the EMM in the prevjous NEMS iteration (SHROLD and RATOLD). Within the 
NGTDM the residual fuel ail price to electric generators (used in converting the price ratio into'a natural gas price) 
is held constant at the level established in the previous NEMS iteration and is calculated as a quantity-weighted 
average of the low-sulfur and high-sulfur residual fuel prices (QRLELGR, QRHELGR) to the electric generation 
sector. 

Natural Gas Supply Interface 
The primary categories of natinal gas supply represen& in the NGTDM for the contiguous Lower 48 States are 
nonassociated and associated-dissolved,g+s from onshore ahd offshore regions, pipeme impoh from Mexico and 
'Canada, liquefiql natural gas imports, gas transported via the Alaskan Natural Gas Transportation System'(ANGTS), 

, syntlietic natural gas produced from coal .and from liquid hydrocarbons, and other supplemental supplies. The only 
supply categbries from this list which are allowed to vary within the NGTDM in response to a change in the current 
year's natural gas price are'synthetic natural gas produced.from liquid hydrocarbons'qd nonassociated gas from 
onshore and offshore regions. The supply levels for the remaining catkgories are k e d  at the be*g of each 
forecast year (Le., before market clearing pnces are determined), with the exception of associateddissolv@ gas 
(detexmined in OGSM) which varies with a change in the oil production in the current forecast year. The ann& 
oil production level is determined in the Petroleum Market Model and can 'vary behGeen hch iteration of NEMS. 

Within the OGSM, natural gas supply activities'are'modeled for the 12 supply regions (6 onshore, 3 offshore, and 
3 Alaskan geographic areas) shown in Figure 3-5. A separate component of the OGSM models the foreign sources 
of natural gas which are transported via pipeline from Canada and Mexicb, and by way of oceanic vessels ,in 
liquefied form (liquefied natural gas). Six Canadian and three Mexican border crossings demarcate the fokign. 
pipeline interhce between the OGSM and the NGTDM. Supplies from the fopr existing liquefied natural gas . 
terminals are Blso =presented (as supply points) in the NGTDM, although only two of the four existing terminals 
are currently in operation. The annual levels of liquefied natural.gas imports are'determined in the OGSM and are 
provided to the NGTDM at the beginning of each for-t year. Similarly the OGSM establishes the level of gas 
which'will flow into the contiguous United States %'the ANGTS. 

. Supplemental Gas Sources - .  

, sources for synthetically produced naturai gas &e geographically specified in the NGTDM based on cument p h t  
locations. Synthetic gas gom coal is exogenously specified, independent of the price of natural gas in the current 
forecast year. The Coal Module of NEMS sets the &ual forecast of nam gas produced from the Great Plains 
Coal Gasiication Plant in North Dakota. To represent synthetic gas production from liquid hydrocarbons (currently 
pr0duc.d only in Illinois) a statistically estimated price responsive supply curve is incorporated within the NGTDM 

. VAL = SNGA1*VALUEsNGA2 (2) 

where, . 
VAL = ' synthetic gas production from liquid hydrocarbons in Ilhois (Bcf) 
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Figure 3-4. Example Natural Gas Demand Curve for CompetitiveWfih-Residual Fuel Oil. Class 
of Electric Generators 
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VALUE = firm seMce natural g& market price in the East North Central Census Dikion 
(which contains Illinois), (dollars per Mcf) 

SNGA1, SNGA2 = estimated parameters (Appendix F, Table €3) . 

The synthetic gas production level resulting from the above equation is limited to be no less than axi exogenously 
specified minirnm (Appendix E, SNGMIN) and norto increase by more than 50 percent above the level in the 
previous forecast year. Synthetic gas production from liquid hydrocarbons m Hawaii is held constant throughout 
the forecast at an historically based level (Appendix E, SNGHI), as are other supplemental supplies'! (Appendix 
E, OSUP-TOT, OSUP-FSHR). 

Natural Gas Imports Via Pipeline 

The OGSM provides most of the parameters used in the NGTDM for representing the imports of gas from Mexico 
and Canada into the United States by pipeline. Border crossing points are established at each NGTDM region 
adjoining an intedonal  border. The annual import levels for gas from.Mexico are generated exogenously and 
passed to the NGTDM yia the OGSM. The OGSM a k  provides parapeters for defining a national Canadian natural 
gas supp~y curve, an exogenous forecast for consumption of natural gas m ~anada, and aciditiona~ parameters for 
representing the transmission system for gas within Canada. ' The NGTDM exogenously sets a forecast of the 
physical capacity of natural gas pipelines crossing the border from Canada into the United States. This physical 
capacity limit is then multiplied by set of exogenously specified utili;mtion rates (with parameters for setting an 
assumed annual growth rate) to establish maxigum effective capacity limits for these pipelines. "Effective capacity" 

7 is defined as the maximum annual physically sustainable capacity of a pipeline times an assumed maximum likely 
utikation rate, based on the expkted seasonal demand profiles of the customers being served. The functional form 
of the Canadian ~tlnal gas supply curve is rqesented as follows: 

- 

CN-PRODUC = OGRESCANzy*OGPRRCANL,. * 

where, 

CN-WELPRC-CNJPRCLAG) 
I .  CN-WPRCLAG (1 +OGELscANz, * (3) 

' CN-PRODUC = 
OGRES CAN^^ = 
oc;pRRcAN,, = 

OGUC& =. 
CN-WPRC = 

, CN-WPRCLAG = 

canadian domestic natural gas pioduction in year y (BCQ . 
~nnanisn ~tlrral gas reserves in beginning-of-year y (from OGSM i n ' ~ a  
e- mmi~ gas production-to-reserves ratio in canada m year y (from OGSM 
as fraction) 
estimated short m price &isticity of extraction for ~anada (from OGSM) 
average Canadian wellhead price in year y (dobrs'per Mcf) 
average Canadian wellhead price in year y-1 (dollars per Mcf) [for the first forecast 
year this is set to CN-WEPRC89, (Appendix E)] 

. . 

The amount of natural gas available to flow into me United States from Canada is calculated as: 

I .  

' TOT-BRDQ = CN-PRODUC - 
6 

OGCNCON, - (cAN~FLo-ouT +C~~QNGEXFQ*(~-OWN.EXLOSS) . (4) . Y .  
1 4  

where, 

A TOT-BRDQ = . &tal gds available to flow into the United States from.Canada (measured at the 
wellhead), (Bcf) 

"Other supplemental supplies include propane-air, refinery gas, coke oven gas, manufactured gas, biomass gas, and air injkction . 
- ?  

' for Btu stabilization. 
' .  
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Figur6 3-5. Oil and Gas Suppfy Model (OGSM) Regions 
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CN-PRODUC 
OGCNCON,, 

* CANFLO~0uTY 

OGQNGEXP~~ 

0GcNDmoss 
~ x L . O S S  

= 
= 
= 

= 

= 

= 

Canadian domestic liatural gas production in year y @Cf) 
consumption of MW gas in Canada (from OGSM in Bcf) 
gas flowing into Canada from the U.S. which was originally produced in Canadaa 
inYearY(Bd) 
exports of gas from the United States into Canada by-border crossing i in year y 
(from OGSM in Bd) 
percentage of gas produced in Canada to satis@ Canadian demand that is consumed 
in w i t  (from OGSM as fraction) 
percentage of gas produced in the United States to satisfy Canadian demand that is 
consumed in transit within Canada (from OGSM as fraction) 

the vaiue df TOT-BRDQ exceeds the total effective capacity of the natural gas pipelines used to flow gas into 
the United States.from Canada, then it is assumed that the share of TOT-BRDQ which will flow across each of the 
representative body  crosskgs m the model (CN-FXOSI-IR) will be equivalent to that border crossing7s share of the 
total effective capacity. Under most likely model scenarios this has been shown to be true thfough the 2010 time 
W e .  However, if a v w l e  Canadian supplies are less total effective pipeline capacity across the border, the 
allocation of.TOT-BRDQ to each of the six border crossings is calculated as follows: 

I CN-KOLAG, 
CN-FLosq = (oGCNpARMl* . )  4- 1 

ECN-FLOLAG, 
i=l 

(CN-BmPRC, -QGCWMARKUPi)V-- 
(l-oGcNpARMl)* 

. . C(CN-BRDPRC~-OGCNPMARKUP,)~-~ 
i=l 

where, 

CN-FLOSHR, 

CN-FLOL AG, 

= 

= 

= 

= 

= 
= 

the share of the gas available to flow from Canada into the United States to flow 
across border crossmg i (haion) 
the amount of gas which flowed from Canada into the United States across bark 
qossing i in the previous year (adjusted for pipeline in year y), @CQ 
parameter which reflects .the importance of the historical flow pattern in the 
determination of actual allocation of gas (from WSM, 0 < OGCNPARMl c 1) 
parameter-which reflects the responsiveness of the flow pattern to differentials in 
border prices netbacked to the wellhead (from OGSM, OGCNPARM2 = 1) . 
the market price at border crossiug i (dollars per Md) 
assumed markup from the average Canadian wellhead price to border crossing i 
(from OGSM in dollars per Md) - 

, If the resulting shares indicate flow levels across some border crossings which exceed their maximum effective 
capacity level, then the "imflowabIe" portion is made available at border crossings with available pipeline capacity, 
and the values for the vaiable CN-FLOSHR are adjusted accdrdingiy. These shares are ultimately used in the 
calculation of the Canadian wemead pricei , ,  

where, 

significant amount of natural gas flows &to Minnesota from Canada on .an annual bask only to be routed back to Canada 
through Michigan (and a very small amoimt through Montana). The amount of gas entering the United States that is not imported 
from Canada, and the percentage of this amount which travek back through Michigan, are set at exogenously specified levels 
for the forecast (Appendix E - CANFLO-IN, CANFLO-SHR). 

' %e 1990 capacity additions for the Canadian import arcs are specified exogeno&y (Appendix E, CN-NEWCAP90). 
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CN-WELPRC = Canadian wellhead price (dollars per Mcf) 
CN-FLOSIIR, = 

CN-BRDPRCi = 
OGcNpMARKuP, = 

the share of the gas available to flow from Canada into the United States to flow 
across border crossing i (fraction) 
the market price at border crossing i (dollars per Mcf) 
assumed markup from the average Canadian wellhead price to border crossing i 
(from OGSM in dollars per Mcf) 

The system of equations which represents the pricing and flow of gas from Canada into the United States can not 
be solved in a top/down fashion, but requires an iterative process due to the interrelationships involved. Furthennore, 
the solution algorithm used within the NGTDM requires prespecified supply curves (or fxed supply levels) at each 
border crossing before solving. A short-term supply curve is generated for a single border crossing point, through 
the use of the equations shown above, bypolding the border prices for the other crossing points at their solution 
values iiom the previous NEMS iteration (or the previous year, in the first iteration).% 

Supply Curves for Domestic Dry Gas Production 
Most of the parameters for generating short-term supply curves for drymtural gas production are provided to the 
NGTDM by the OGSM. The six onshore OGSM kgions within the qntiguoustJnited States do notgenerally share 

. common borders with the NGTDM regions. As was done with the E&lM regions, the NGTDM represents onshore 
supply for the 17 regions resulting from overlapping the OGSM'and NGTDM regions (Figure 3-6). 

These supply curves are defined as being net of It%%? and plant fuei consumption (i.e., the amount of dry gas 
' available for F l e t  after any nee.- processing and before W i g  transported via pipeline). Within the NGTDM, 
dry gas production is delineated by two categories, nonassociated and associated-dissolved. Noqssociated gas is 
largely defined as gas that is produced from gas wells, and is assumed to vary inresponse to a change in the natural 
gas price. Whereas, associated-dissolved gas is defined as gas that is produced from oil wells, and can be classified 
as a byproduct in the oil production process. 

Total domestic MW gas production is the sum of nonassociated and associateddissolved production. Associated- 
dissolved gas production is proyided by OGSMfdr the 17 NGTDWOGSM onshore regions and the 3 offshore 
regions, while production parameters are provided by OGSM for the NGTDM to gene& no&soCiatea gas 
production curves for the.sa&e regions; Within the NGTDM, total nabhd gas production curves are generated by 
adding the associateddisolved production to the nonassociated gas production curves, effectively shifting the 
production curves to the right dong the quantity aXis?s 

The NGTDM ineludes the qption of selecting one of three merent funitiod -forms for the supply m e  for 
. nonassociated dry natural gas production (net of lease and ,plant fuel) in the domestic. onshore and offshore regions. 
All three forms are qnstructed from a common key point (or priudquantity pi&) which is based on an expected 
extraction rate, estimated in the OGSM. The "expected" or base production level from an onshore region is 
calculated as follows: 

# 

where, 

BASE-Q = 

OGRESNGONr8 = 

' expected nonassociae production (net of lease -and plant), NGTDMlOGSM region 

dry gas reserves at the beginniug-of-year y in onshore NGTDWWSM region r 
r (Bcf) 

, ' (from OGSM in Bcf) , 

'. I 

"An initial value is exogeno&ly specified for CN-BRLlPRC (Appendix E, CN_BRDPRC90).' 
-or convdence in the code, the spthetic production of gas from coal is similarly added to the total production curve. 
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Figure 3-6. Natural Gas Transmission and Distribution ModeVOil and Gas Supply Model (NGTDMIOGSM) Regions 
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OGPRRNGONry = 

PER = 

PCTPLT-PADDPy = 

PCTLSE-SUPL, = 

expected extraction rate in year y fmm reserves in onshore NGTDIhpSM region 
r (from OGSM as fraction) 
1 - PCTLSE-SUP& - PCTPLT-PAJ3DP,, a factor for netting lease and plant fuel 
out.of dry gas production (fraction) 
percent of dry gas production which is consumed in ~ tu ra l  gas pr&smg plant 
operations, for PADD= region p m year y (from the PMM as fraction) 
percent of dry gas production which is consumed in well, field, and lease operations 
[Appendix E, fraction)] 
Note: For.the offshore regions BASE-Q = OGRESNGOF,, * OGPRRNGOF,,. 

The price (BASE-P). associated with BASE-Q is a function of the previous year7s-wellhead pricen and a 
multiplicative benchmark. factor (PSHIFT-SCALE). 'The benchmark factor is used to calibrate the model to an 
historical (or forecasted, as represented in the Short-Term Energy Outlook (STEO)) national average natural gas . 
wellhead price.% This benchmark factor represents the ratio between the national average wellhead price solved 
by the model and the cOnreSpOnding historical or STEO wellhead price. (It is endogenously defined within the 
NGTDM and held constant throughout the forecast period.) The amount the +duction will vary from BASE-Q 
is a function of how di€ferent the w&w,ad price (at which the function is being evaluated) is from BASE-P. The 
calculation of the additional quantity of production (DE$Q)% which would result at a given wellhead price 
(VALUE) is different under each of the three options?' Options one and two are presented below, with option 3 

. 

. 

following. 

where, 

OGELSNGON, = estimated short-term price elasticity (from OGSM), for offshore regions the varhble 
OGELSNGOFr is used 

Oution 2 

DEL-Qr = BASE-Qr*ELAS *(V&UE.-BASE-P>BME-Pr (9) 
.. 

where, 

If VALUE 2 BASE-P? 
ELAS = PARM-SUPCRV2,, (user specified short-tern &ce elasticity, assumed to be less than one, 

Appendix E) 2 

If VALUE c BASE-Pr '~ 

ELAS = PARM-SUPCRV&, (user specified short-pm price elasticity, assumed to be greater tkq 
* 

one,AppendkE) . 

.e- 

. 26pemleum Admiuistration for Defense Districts (PADD) are the regions mbdeled in the PMM. The PADD region which most 
overlaps the indicakdNGTDMfOGSM region is used in .this and other equations, as necessary. . 

=For the first forecast year, the value for BASE-P is set to the 1989 national average wellhead price (Appendix E -- 
V#~LAGON,WPRLAGOF). . . . 

28For theAEO% reference case, the-model was calibrated to the natural gas wellhead price published in the Short-Term Energy 

?If DEL-Q is negative, the resulting production level will be less than BASE-& 
=A model user can select one of the three functional forms for the supply curves by setting the variable "W-SUPCRV equal' 

to eithez 1.2, or 3, accordingly. For generating tlie forecast published in the Annual Energy Outlook 19%, option 3 was selected. 

Ourlook (3d Quarter). DOE/EIA-O202(95,3Q) for 1996. 

3-16 ' . ElAIModel Documentation: Natural Gas Transmission and Distribution Model Volume I 



I .  

Option 1 is symmetric for price increases and decreases. Option 2 assumes production responds more strongly to 
price decliues than to increases. ,The justification for incorporating a different elasticity above and below the 
"expected" produition level on the supply curve is that producers have a vested interest in selling close to their 
plannq for or expectkd'production level. Much lower than anticipated gas sales do not allow the producer the 
necessary cash flow to stay in business. In such cases; prices would be lowered enough to increase sales and 
resulting revenues. However, there are practical upper limits on the rates of extraction from reserves, causing an 
upwaid push on the price when there are market pressures to produce at elevated extraction rates.. 

Option 3 is a combination of Options 1 and 2. In a close-range around the base point @Ius or minus an assumed 
percentage -PARM-SUPCRV3,- of the base quantity), the short-term wellhead. price elasticity 
(PARM-SUPCRV3J does not change from one side of the base point to the other (as in Option l), but is &sumed . 
to be highly inelastic. Outside of this range, the short-term price elasticities are set to the same values used under 
Option 2. However, these,segments of the curve are shifted (left, below the base price, and right, above the base ' 

price) to intersect the end points of the sejynent of the curve running through the base point, as follows: 

1 

Option 3 

.where, 

If VALUE is within the range BASE-Pr & (BASE-Pr * PARM-SUPCRV3, / PARM-SUPCRV3J 
PARM = 0. 
ELAS = PARM-suPcRv3, 

If VALUE is greater than BASE-PX + (BASE-PX * PARM-SUPCRV3, / PARM-S.pCRV3J 
PARM = +PARM-SUF'CRV3, 
ELAS = PARM-SuPcRV2, 

If VALUE is  le^^ than BASE-PZ - (BASE-PX * PARM.-SUPCRV31/ PARM-SUPCRV3.J 
PARM = -PARM-SUPCRV31 . 
ELAS' = PARM-suPcRv2, 

The assumed values 'for all of the parameters and elasticities shown .above are referenced in Appendix E. 

Figure.3-7.graphically depicts an example of how a regiods supply curve would appear under each of the three 
options. ' 

After establisbing a value for DEL-Q for a speci6ed wellhead price in a given region, the'corresponding total'dry 
gas production would be calculated as: 

where, 

NGPD-LA8 = 
OGCCAPPRD = 

dry gas production in onshore NGTDWOGSM region r (€30 
dry gas production in onshore NGTDWOGSM region r amibutable to the Climate 
Change Action Plan%-coalbed methane outreach program, as set in OGSM (BCF) 

For an offshore region, the co~esponding variables used in the code are NGPRTl-CKS and ADGPRDOF, (with PER 
, \  

seJto 1). 

For control purposes, upper and lower limits are placed on the nonassociated dry gas production levels esta6lished 
within the NGTDM. The lower and upper limits imposed on nonassociated gas production in each NGTDWOGSM 
onshore and offshore'region are BASE-Q times PARM-MINPR and P A R M - W R ,  respectively (Appendix E). 
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Alaskan Natural Gas Module I .  

The NEMS demand models provide a forecast of natural gas consumption for the total Pacific Census Division, 
which includes Alaska. Currently natural gas which is produced in Alaska cannot be transported to the Lower 48 
States.via pipeline. Therefore, the production and consumption of natural gas in Alaska is handled separately within 
the NGTDM from the contiguous States. Estimates of contiguous Pacific Division consumption levels are derived' 
withinthe NGTDM by first estimaring Alaskan natural gas consumption for all sectors, and then subtracting these 
from the m e  market consumption levels in the Pacific Dieion p;ovided by the NEMS demand models. The use 
of natural gas in compressed natural gas vehicles in .- is assumed to be negligible, The consumption of gas 
by Alaskan residential and commercial customers is a function of a forecast for the number of customers 
(exdgenously derived) and the landed cost of cru.& oil imports (forecast within the NEMS): 

l 

where, 

' Qf%K-NONU-Fd . = 

WOPLAG = 

AK-C = 

AK-FQIy = 
AK-CNy = 

consumption of natural gas by residential (d=i) or commercial (d=2) customep in 
Alaska (36) 
landed cost of crude oil in the previous forecast year [the 1989 value used in 
forecast year 1990 (WOP89) is a data input, Appendix E] (dollars per barrel) 
estimated parameters for residential' consumption equation (Appendix F, Table F1) 

. A€-D = estimated parameters for commercial consumption equation (Appendix F, Table Fl) 
number of residential &tomers (exogenously specified,-A&ndix F, Table FZ) 
number of commercial customers (exogenously specified, Appendix F, Table F2) 

. 

Gas coxkumption by Alaskan industrial cuitomers 'is a function'of the ,landed cost .of crude oil imports and time: 

where, * 

QUK-N0NU-Fd = 
WOPCUR . = 

AK-E = 
T = 

consumption of natural gas by industrial customers (d=3), (Bcf) 
averag'e national landed cost of crude oil in the cuirent forecast year 
estimated parameters for industrial consumption equation (Appendix F, Table Fl) 
time parameter, where T=l for 1969 (the .first historical data point) and 
T=CNTYR +21 m forecast year, CNTYR (where CNTYR equals 1. .for 1990). 

At a sectoral level, Alaskan consumption is disaggregated into the total delivered to customers in South Alaska 
(AK-CONS-S) versus a North Alaska (AK-CONS-N) total using historically derived shares (Appendix E, 
AK-PCTSOUTH).. This distinction is needed for the derivation of natural gas production forecasts for the north and 
south regions [not accounting forthe additional production necessary should the Natural Gas Transportation 
System (ANGTS) open], as follows: . 

' 

.. 
1 .  

I 

(S. AK): ' A-X_PRODr,, = ~JAF'+AK-CONS$ 1 (1 -AK-Pc'll-%=, -AK-Pc"PLTrI=, - (15) . 
AK-rn~;,) 

(N. AK):' A ~ - P R O D ~ ~  = AK-CONS-N ( ~ - A K - ~ E ~ ~ - A K - ~ L T ~ - A K ~ ~ ~ ~ -  - (16) 
/ 

where, 

AK~PROD, = clry gas production in south (El) or NO& (E21 ~laska , (~cf )  
AK-CONS-S = total gas consumption by customek m South Alaska (Bcf) . . ; 
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AK-CONS-N = 
EXPJAP = 

AK-PCTLSE, = 

AK-PCTPLT~ . = 

total gas consumption by. customers in North Ala& (scf) 
quantity of gas liquefied and exported to. Japan (from OGSM in Bcf) 
assumed percent of gas production which is consumed in ,lease operations in region 
r (fraction) 
ass-& percent of.gas production which is consumed in p b t  operations ixrregion 
r (fraction) 

. AK-PCTPIPr = assumed percent of gas production which is consumed as pipeline fuel in region r . 
. . (fraction) 

The variables for AK_PcTLSE, AK_PCTPLT, and AK-WTPIP are .based on bistorical ,percentages (Appendix E) 
and are held constant throughout the forecast, withThe exception tlkit PCTLSE is decreased by 50 percent should' 
.ANGTS become fully operational. (These variables are also used to estimate the consumption levels for pipeline. 
fuel and lease ahd plant fuel in Alaska.) The OGSM pr0vide-s.a forecast of natural gas exports to Japan,.the level 
of flow fhrough ANGTS which would reach €he contiguous U.S. bbrder when and if it is connected, and the 
maximum production level for South Alaska (currently used only as a verification check in the NGTDM.). The 
production of natural gas in Alaska which is necessary to support ANGTS (AK-PRODrA is derived in the NGTDM 
using the flow level at the border established in. OGSM, and assumed values for PCIZSE, .K?PLT, and PCTPIP 
related to production to be matketed via ANGTS. 

. 

Estimates for natural gas wellhead and end-use prices in Alaska are roughly estimated m.the NGTDM for proper 
accounting, but have a very limited impact on the NEMS system. The average Alaskan wellhead price over the 
North and South regions (not accounting for the impact should ANGTS be connected) .is calculated as: 

AK-WPRC = AI-F,+(AK-F2 *WPRLAG) +(AK-F3 *(AK-PROD1 +AK-PROD,)) (17) ' 

. .  
where, 

AK-WPRC = average Alaskan natural gas wellhead price (dollars per Mcf) ' 

AK-PRODr = 
W U G  = 

dry gas production in Alaskan region r (l=South; 2- North) Bcf) 
average Alaskan ~ b u r a l  gas wellhead price in previous forecast year (dollars per 
Mcf) [the 1989 value used in forecast year 1990 is WPR89, Appendix El I 

AI-F = estimated parameters (Appendix F, Table F1) . . 
However, if ANGTS is c ~ ~ e c t e d ,  the wellhead price in North Alaska is overwritth to be equal to the price at the 
U.SJcanadian border crossing point, most representative of where ANGTS wil l  connect, plus an assumed markup 
(Appendix E, ANGTS-TAR). With d e  exception of the industrial sector7 end-use primare set equal to the average 
wellhead price resulting from the equation above plus a fixed markup (Appendix E 7 AK-RM, AK-CM, M-W. 
The AIaskan industrial sector price is calculated as: 

PA.LK-N0NU-Fs = AK-Gl +(AK-G,*WOPCUR) 

where, 

PAL,K-NONU-Fs = price Of natural gas to Alaskan indusb customers' (&3), (dollars per Mcf) 
-WO& = kded price of &de oil in current forecast y& (dollars per barrel) 

.AK-G = estimated paramete& (Appendix F, Table Fl) 

Historically, the industrial price was shown to vary mo% inresponse to the crude oil price and much less in response 
to the natural gas wellhead price. 

, .  
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4. Overview of Solution Methodology 

The previous chapter described.the fundon of the NGTDM within the NEMS. This chapter wiU present an 
oyerview of the NGTDM model structure and of ,the methodologies used to represent the natural gas transmission 
and distribution industries. Fusf'a detailed description of the network used in the NGTDM to represent the U.S. 
natural gas pipelhe system is presented.' Next, a general description of the interrelationships between the modules 
within the NGTDM is presented,'along with an overview of the so1ution.methodology used by each module. . .  .' 

. - ,  

NGTDM Regions and the Pipeline Flow Network 
? 

General Description of the NGTDM Nefwork . . *  
I 

In the NGTDM, a &smission and distribution network fie%- 41) si~~u$tes the interregional flow of gas m.the 
contiguous United States. This network is a simplified representation of the physical nat& g k  pipeline system and 
establishes the possible interregional transfers.'to move gas from supply sources to end-users. Each NGTDM region 
con- one mqsshipment node-a junction point representing flows coming into and out of the region. Nodes have 
also &en defined at the Canadian and Mexican borders. Arcs.connecting the -shipment nodes are defined to 
represent flows between these nodes; and thus, to represent interregional flows. Each of these interregiod arcs 
represents an aggregation of. pipilines that are capable of moving gas from one region  in^ another region. 
BidirtktionaI flows are allowed m cases where the aggregation includes some pipelines flowing one direction and 
other p i p h e s  flowing in the opposite direction?' Bidirectional flows can also be'the result of directional flow 
shifts within a.smgle,pipeline system due to seasonal variations in flows. 

Flows are further represented by e s t a b m g  arcs from the tians&pment node to each demand sector/subregion 
represented in the NGTDM region. A demand group in a particular NGTDM region can only be satisfied by gas 
flowing from that same region7s transshipment node.. Similarly,,.arcs are also established from supply.pomts into 
transshipment nodes. The supply from each NGTDWOGSM region is directly available to only one transshipment 
node, through which it must fixst pass if it is to be made available to the interstate market (at an adjoining 

, 

transshipment node). . I  

' Figure 4-2 shows an illustration of all possible flows into and out df a transshipment node. Each transshipment node 
has one or more arcs to represent flows from or to other transshipment nodes. The transshipment node.also has an 
arc representing flow to each end-use sector in the region (residential, commercial, hdustrial, electric generators, and 
transportation), including separate arcs to each electric generator subregion. Arcs are also established from nodes 
at the mtematio~~ borders tb represent exports. transshipment node has one or more arcs flowing in from each 
supply.source represented These supply points may represent onshore or offshore production, liquefied natural gas 
imports, synthetic natural gas production, gas produced m.Alaska and transported via the Alaska N a h d  Gas 
Transpoitation System, or CanArlizin or Mexican imports in the region. In addition, &h onshore supply region ako 
includes any synthetic natural gas produced from coal, as well as other supplemental supplies. Finally, annual net . 
underground storage withdrawals, transported under firm and iritermphi1e service, are accounted for. at each 
transshipment node. Also accounted for but not presented in Figure 4-2 are discrepancies (i.e., historically observed 
differences between independently reported natural gas supply and disposition levels). 

Once all of the types of end-use destinations and sup@y sources &e defined for each -transshipment node, ageneral 
network structufre results. Each transshipment node &es not necessarily have all supply source types flowing in, , '  
or all demand source types flowing out. For instance, the transshipment nodes at the Canadian border may only have 
'Canadian supply defined going into the node. Also, some transshipment nodes will have liquefied natural gas 

. 
. . 

. I  

. ' 

/ 
I 

"Historically, one out of each pair of bidirectional arcs in E&re 4-1 represents a relatively small amount of gas flow during 
the year. These arcs are referred,to as "the bidirectional arcs" and are identified as going from 9 to 8 , l l  to 8,4 to 8 , l l  to 7, 
4 to 7,3 to 4,s to 6; 5 to 3, 2 to 3,2 to 5, 6 to 7, and 1 to 2. Minimum flows constraints are established for these arcs at 
historically observed flow levels. 

. 
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’ Figure 4-2. ’ Transshipment Node 
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available while others will not. The specific end-use sectors and supply types specified for each transshipment node 
in the network are listed in Table 4-1. This table also indicates in tabular form the mapping of Electricity Market 
Model regions and Oil and Gas Supply Model regions to NGTDM regions, (Figures 3 4  and 3-7 in Chapter 3). 

As described in earlier chapters, there are significant differences in market structure and dynamics between &e firm 
and interruptible s&ce markets. The basic network structure separately represents the flow of gas within the firm 
and &enuptible service markets within the Annual Flow Module. Conceptually this can be thought of as two 
parallel networks, with tbree areas of overlap. First, the firm and interruptible transmission service flows along each 
arc are intenelated and their sum is constrained to the pipeline capacity avai&ble along the arc. Second, the fum 
and interruptible service networks share common supply sources. At each supply source there is a single price 
regardless of whether the supplies are used to meet core or noncore demand (or both), because it is assumed e t  
the supply component of the market will re& fully competitive?2 Third, the quantity of net injections transported 
hder interruptible service into underground stmgei? equal to the net withdrawah from storage in the, same region 
that are to be transported under firm service. The actual levels of underground storage injections and withdrawals 
associated with the tkm and mtemptible service markets are determined within the Capacity Expansion Module 
(since it contains a seasonal representation) and used within the Annual Flow Module, 

Specifications of a Network Arc 

Eacharc of thenetworkhas associatedparameters (inputs) andmodel variables (outputs). The parameters that define 
an arc are the pipeline direction, available capacity, the tariffs, b e  percentage of gas which travels on the arc that 
is lost or used (in power compressor stations) along the way, a mileage indicator, and a minimum flow level Figure 
4-3). In the case of bidirectional arcs, the arc with ap historically lower .flow rate is identified as a "bidirectional" 
an: for special handling. 

Once a model solution has' been reached (i.e., the quantity of the natural gas flow 'along each intenegio& arc is 
determined), pipeline fuel use associated with intemgional transfers (from transshipment node to transshipment node) 
can be computed for each arc by multiplying the percentage loss of gas (given by the efficiency parameter) by the 
flow along the arc. In tum, the emissions (carbon, carbon monoxide, carbon dioxide, sulfur oxides, nitrogen oxides, 
volatile'organic compounds, and methane) asscciated wi.th the consumption of pipeline fuel can be estimated. 
(Details are given m Chapter 5.) 

For the firm service market the pipeline tariff (indicated as "TAR" in subsequent w o n s j  is a function of two basic 
parameters: a usage fee and the revenue the pipeline is collecting from customers who have reserved capacity on 
the pipeline. Smce the NGTDM does not explicitly represeqt the capacity reserved on a pipeline, this revenue is 
allocated over the amount of gas that is expected to flow on the arc rather than the amount of space reserved 
Therefore, the reservation fee (the per-unit fee for reserving capacity on a pipeline) is not explicitly calculated. It 
is instead approximated as the total revenue from reservation fees divided by the amount of gas expeckd to flow. 
Thus, the total pipeline tarif€ for the firin service market is the sum of the usage fee and this approximation of the 
reservation fee. For the intenuptible service market, the tariff parameter is simply a per-unit usage fee (as specified 
by the Pipeline Tariff Module). It is not necessary for the fum and interruptible usage fees to be equal. 

I 

For the arcs from the transhipment nodes to the end-use sectors,'the parameters defined ?e capacities, tariffs, and.. 
the percentage of gas used.in compressor stations. The tariffs here represent the sum of several charges or 
adjustments, including interstate pipeline &s in the region, intrastate pipeline tariffs, and distributor markups when 
applicable. The model variable associated with eachpf these arcs is the flow along the arc, which is equal to the 
amount of demand satisfied plus gas consumed in compressor stations. For arcs from supply points to transshipment e ' 
nodes, the .p?rameters are capacities, tariffs, minimum flows, and compressor station usage. In this case the tariffs 
theoretically reprent gathehg charges, but in actuality are used to align model results with histori4 prim m each 
/ 

. . %e m part to the seasonal load differences between core and noncore consumption, there are reasons to believe that the 
supply prices to the two markets &e different on an anpual basis, Structurally, the model is designed to han$le.su+ a supply 
price differential, but the supporting data have yet to be developed. Hoawever, more recent trends show less vanahon 111 seasonal 
wellhead prices than had previously been observed. 
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Table 4-1. Demand and Supply Types at Each Transshipment Node in the Network 

R - Residential demand; C - Commercial demand; I - Industrial demand; T - Transportation 

U(nl/n2) - Electric generator's demand in NGTDWEMM region (nl/n2) as shown in Figure 3-3 ' 

P(nl/n2) - Production in NGTDWOGSM region.(nl/n2) as shown in Figure 3-6 (also includes 

demand 

' synthetic natural gas'from coal and other supplemental supplies) 
SNG - Synthetic Natural:Gas from liquid hfdrocarbons . 
U\IG - Liquified Natural Gas 
, '  
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. figure 4-3. Network Parameters and Variables 
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region. Minimum flows are set on supply arcs by splitting the assumed minimum production levels for each source 
(deskbed in Chapter 3) into finn and interruptible components based on the relative levels of core and noncore 
consuhption in the Lower 48 States. Although capacity limits can be set for the arcs to axid fiom end-use and supply 
points, respectively, the cuttent version of the model does not impose such limits on the flows along these arcs. 

In an effort to'represent potential interruptions m transportation sehce to the noncore market, a "relief valve" was 
put in'the system. The nonmre demand requirements can optianally be met through a highly priced nbackstopn 
supply source, which is madedirectly available at the end-user nodes. Backstop supply is designed to be used only 
in the event that pipeline capacity (existing plus capacity to be built for the firm service market) is not sufficient to 
meet the noncore demand requirements. Backstop supply displaces noncore consumption which would be expected 
not to transpire in the Annual Flow Module due to fuel switching or generally lower consumption levels m response 
to higher gas prices. The incorporation of backstop supply is a modeling tool and is not intended to represent a real 
supply source. 

Note that any of the above parameters, supplies, or demands may be set equal to zero. For instance, some pipeline 
arcs may be defined in the network that currently have zero capacity where new capacity is expted in the future. 
On the other hand, some arcs such as hose to end-use sectors are defined with infinite pipeline capacity because the 
model does not forecast limits on the flow of gas from transshipment nodes to end users. 

.J 

Overview of 'the NGTDM Modules and Their Interrelationships 
The NEMS generates an annual forecast of the outlook for U.S. energy markets for the years 1990 through 2015. 
Although the NGTDM is executed for each itemion of each forecast year solved by the NEMS, it is not necessary 
that all qf the individual components of the model be executed for all iterations. Of the NGTDMs four components 
or modules, the Capacity Expansion Module and the Pipeline Tariff Module are executed only once per forecast year. 
The Annual Flow Module and the Distributor Tariff Module are executed every iteration of each forecast year. A 
process diagram of the NGTDM is provided in Figure 4-4, showing the general calling sequence. 

The primary function of the Capacity Expansion Module is to forecast interregional pipeline and underground storage 
expansions and produce &ual pipeline load profiles based on seasonal loads. Using this information from the 
Capacity Expansion Module and other data, the Pipeline Tariff Module uses an accounting process to derive 
interregional and inmegional pipeline tariffs for firm and interruptible transmission service to be used in the +mal 
Flow Module and the Capacity Expansion Module. The Distributor Tariff Module provides distributor tariffs for 
use h the Annual Flow Module and the Capacity Expansion Module. The Distributor Tariff Module must be called 
each iteration' because some of the disaibutor tariffs are based on consumption levels which may change from 
iteration to iteration. Finally, using the information provided by other NGTDM modules and other NEMS models, 
the Annual Flow Module solves for natural gas prices and quantities which reflect a market in equilibrium for the. 
current forecast year. A brief summary of each of the NGTDM modules follows. 

The Annual Flow Module 

The Annual Flow Module (AFM) is consi&r& the central module within the NGTDM, with the Capacity Expansion 
Module, Pipeline TariffModule, and Distributor Tariff Module (in addition to other NEMS models) providing it with 
Critical information. Its objective is to determine the market equilibrium associated 'with natural gas supplies, 

* demands, and transportation costs, thereby generatingsupply and end-use.prices .and production levels for use by 
other NEMS models. Formulated as a linear pro& the AFM determines a market equilibrium by maximizing 
the sum of consumer and producer surplus, while minimbhg transmission and distribution charges, subject to system 
constraints. As the name indicates, it has been.designed to represent annual flows from supply pomts to demand 
PQints traveling along a pipeline network As defined above, the network in the AFM represents hrm and 
intemptible service markets sepaiately along paralIel networks, connected only at the supply points and through 
capacity constraints along the network arcs. 
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Figure 4-,. NGTDM Process Lagram 
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To accomplish its goal, the AFM uses regional price curv 3 represent regional supplies and demands. These 
curves represent linear approximations of the price response that can be expected from the more detailed NEMS 
models that provide the parameters used to build h e  curves. Each forecast year the Oil and Gas Supply Model 
provides the parameters to build the supply curves, and each iteration the demand models provide the parameters 
to build the demand curves. 

The Capacity Expansion Module, Pipeme Tariff Module, and Distributor Tariff Module also provide data required 
by the AFM. The Capacity Expansion Module provides pipeline capacity additions, pipeline utilizations for firm 
flows and total flows, and net storage withdrawal levels associated with the firm' and interruptible service markets. 
The Pipeline Tariff Module calculates interregional and ~ m e g i o n a l  pipeline tariffs for both firm and interruptible 
service. Simiiarly, the Distributor Tariff Module provides the AFM with markups for local distribution'and intrastate 
trimsportation services. 

Annual flow results from the AFM are pro6ded to the Pibline Tariff Module and the Capacity Expansion Module. 
The Capacity Expansi& Module uses firm flowslo set minimum flows for-its capacity expansion forecasts, and the 
Pipeline Tariff Module uses both firm and interruptible flows in conjunction with cost estimates to set unitized 
pipeline tariffs. 

' 

. 

The Capacity Expansion .Module 

The CapaciG Expansion Module (0 is the only module in the NGTDM that mcludes a seasonal representation 
of the natural ghs market, In each NEMS forecast year, the CEM determipes incremental pipeline and storage 
capacity required to satisfy expectea firm service demands in a future year based on an analysis of the expected 
supply, storage, and transportation requirements. The peak and off-peak seasons are anal*@ concurrently within 
the CEM, to determine pipeline and storage capacity needs. The storage decision affects the need for.pipeline 
capacity upstream from the storage facility and intluences the relative utilization of the pipeline between the peak 
and off-peak seasons. A brief description of the seasonal network used in the CEM is presented-next, foyowed by 
an overview of the model solution methodology. 

Seasonal Network Representation in thecapacity Expansion Module 

The basic network structure defined for the CEM is nearly identical to the general NGTDM network described above, 
with the exception that a meperiod (peak and off-peak) representation of the annual market is now king modeled. 
The "peak period" is defined as the months in the year with distinctly higher levels of natural gas cdnsumption on 
a national basis?' As in the Annual Flow Module, interregional flows to satisfy firm transmission service are 
handled separately from the flows to satisfy interruptible service, both in the peak Bnd off-peak periods. 

Conceptually the Capacity Expansion Module consists of four parallel networks. Each network represents the flow 
of gas either during the peak period under firm service, the off?peak period under firm service, tlie pek period-under 
intenuptible service, or the off-peak period under intermptible service. Interaction'between the two periods occurs 
primarily through the use of storage. Arcs are established from each off-peak firm and intemptible transshipment 
node to'the storage point in the region to represent storage injections. Likewise, arcs are established from each 
storage point into the associated transshipment nodes in both the hrm and interruptible peak period networks. These. 
arcs represent storage withdrawals in the peak period to be transported under firm and mtenuptible semi& to satisfy 
core and nonwre demands, respectively. An additional link between the two periods occurs due to the existence of 
annual supply sources as opposed to separate peak and off-peak supply. Thus, supply from each supply source in 
a region is available to both the peak and off-peak &shipment node in the region, and arcs h e  established to allow 
for these flows. An illustration of the twqperiod network is shown in Figure 4-5 for a base network with three 

. 
* 

I 

%e data inputs to the Capacity Expansion Module deline the months designated as peak versus offpeak. Currently the data 
in the Capacity Expansion Module reflect a peak period from December through April. Due to.a lag in the reporting of monthly 
consumption data, November falsely appears to be a' "nonpeak" month. This should be corrected in the future once a method 
is developed for generating adjusted monthly consumption data. 

. .  
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ttanshipment nodes. For simplicity, the example does not show the further disaggregation of the network mto its 
firm and interruptible components. 1 

.Overview of the CEM Solution Methodology 

The functional requirement for the CEM is to make natural gas pipeline and storage capacity expansion decisips 
and td estimate corresponding pipeline and'storage utilization levels based on assumptions similar to those used by 
the natural gas industry. The CEM has been designed as a seasonal natural gas transprtation model, with storage 
Serving as a link betweep supplies and Seasonal demands. As with the Annual Flow Module, both firm and 
intermptible services are ais0 represented. F0nnulated.a~ a linear program, the objective is to minimize prdduction 

basic network.strucnq its parameters (inputs), and its model variables (outputs) have been designed to be similar 
to tint in the Annual Flow Module, some elements had to be defined as seasonal. . 

The CEM is executed within the NGTDM once at the end of each fore&$ year to determine the pipeljne and storage 
expansion which will come on line "n" years in the future. Capacity is expanded to accommodate the transmission , . 
service needs of core consumers that' are expected to occur m that .year. parameter "nn, represents the average 
number of years m which the decision to expand Capacity cannot be reversed due to contractual obligations. The 
results generated by the CEM during the current forecast yw.& not.affect the current forecast year's market 
solution, but are used in the Annual Flow Module and the Pipeline Tariff Mddule when the NGTDM &tennines a 
natural gas market eqliiLibrium solution for the n' year in the future. 

The d&a inputs for the CEM from the NEMS system include &moeconomic parameters from the ,Macrohnomic 
'Activity Model of NEMS, as well as expected values for natural gas consumption levels m future years. The NEMS 
.Integration Routine pro+ides the CEM with estimates of future natural gas consumption levels for the nonelectric 
sectors.3 Consumption forecasts for the core and noncore electricity generating sector are a function of the 
estjmak provided by the Electricity Market ModeL Parameters are provided by the Oil and Gas Supply.Mode1 to 
the CEM for e s d g  potential future supply levels. In addition, minimum inten-egional.hnn seriice flow 
constraints (based on Annual Flow Module -mlution values m the previous forecast year) are set in the'CEM to 
represenrthe merria of m e  customers from a n n d y  s w i t h g  pipeline r o u k  used m transporting their natural gas 
(e.g., dueto long-tenn contract commimoents). . . .  

and transportation costs, as well as costs associated with pipeline and storage expansion decisions. Although the 
J 

. - 

' 

' 

The CEM uses the same regions and end-use sectors defkd within the Annual Flow Module. However, the Annual 
Flow Module is an annual model; whereas, the CEM requires a seasonal analysis to represent more accurately the 
decision to expand pipeljne and/or storage capacity to meet @:day core market demands. The CEM includes a 
methodology for converting from annual to seasonal (peak and off-peak) consumption levels, as well as a means for 
capturing core peakday requirements in the capacity expansion decision. The factors for estbnsting seasonal load 
patterns are historically based model inputs which are held constant throughout the forecast in tiie cment model. 
.Future model enhancements may allow for the representation of structural changes in seasonal consumption patterns 
(e.g., demand side management, changing building structures, and/or technological innovations). 

. 

Dry gas production is represented in the CEM with a price responsive equation (or curie) developed from inputs 
from the Oil and Gas Supply ModeL Although the supply representation within the CEM reflects annual levels, the 
formulation allows for upper bounds on the level of supply available within the peak or off-peak period from each 
supply somce (formulated as the annual sUriply times the percentage of the year represented by the given period). 

Imports from Mexico i d  Canada are represented as constant supplies and tracked at a seasonal level (peak-and off- 
peak). Mexican imports are provided by the Oil an&%as Supply Model and are supplied to the core market only. 
Canadian imports are available to both core and noncore markets and are determined from exogenously specified 
Canadian pipehe capacities and utilizations. &so, Canadian produced natural gas which passes through the united 
SJates on its way to Canadian markets (as described in Chapter 3) is split into peak and off-pe$clevels based on 
assumed shares. 

. *  

. 

%~ese expected consumption levels are based on annual growth rates in previous historical or forecast years, capped by 
maximum-allowable growth rates within the NGTDM. 
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Storage is used to satisfy peak season consumption by injecting gas into storage in the off-peak period and 
'withdrawing the gas during the peak season. Thus, storage is considered a supply source in.the peak period, and 
a demand requirement in the off-peak period. This limits the amount of off-peak capacity that is available on an 
interruptible basis for consumption in the period. In addition, regional historically observed re@rting discrepancies 
are accounted for in the model, with seasonal splits based on national consumption m the and off-peak periods. 

The Pipeline TMModule provides inten-egional pipeline &s and storage charges associated with exiskg and 
incremental expansion of regional pipeline and storage facilities. This information is sent to the CEM in the form 
of storage and pipeline "capacity supply curves." These "capacity.supply curves" are based on exogenously specified 
capital cost curves for expansion and on macroeconomic parameters from the NEMS Macroeconomic Activity Model. 

If the CEM determines that pipeline (or storage) capacity wil l  be added, the Pipeline T d M o d u l e  will in tllrn adjust 
the associated revenue requirements (and resulting tariff parameters) for the year in which. the new capacity is. 
scheduled to come on-line to account for the expansion costs. In addition, the pipeline capacities and seasonal 
ntilizRtionpattemson.patterns established in the CEM are used in defhing maximum annual interregional flow constraints in 
the Annual Flow Module, reflecting the impact of the variation in Seasonal consumption on pipeline loads. ' The 
x!axml 'storage injections and withdrawals are used as a basis for setting annual net storage withdrawals by core 
' and noncore customers in the Annual Flow Module. The Pipeline Tariff Module also uses the levels of storage and 
pipeline capacity expansion established in the CEM when determining the associated capital expenditures (an input 
to the Mactoeconomic Activity Model of the NEMS). 

The NGTDM has an option available which allows the user to either (1) run the CEM described above, (2) use a 
designated data file (created by the CEM during a previous run) which contains the capacity and utilization data 
needed by the NGTDM, or (3) first use a designated data file for a u s e r - m e d  number of years and then run the 
CEM code for the remaining forecast years. This is controlled by the input parameter EXCEM. If the parameter 
is set to the model base year (e.g.,-lBO), then option 1 is se1- if it is set to a large number (e.g., 999% then 
option 2 is sei- if it is set to an interim forecast year (e.g., 2000), then 6ption 3 is invoked. Under option 3 the 
designated data file is used prior to the specified year and the is run for the remaining forecast y e a k  

The Pipeline Tariff Module 

The Pipelhe Tariff Module is executed within the NGTDM once each forecast year to calculate pipelbe and 
storage tariffs for the Annual Flow Module, the Capacity Expansion Module, and the Distributor Tariff Module. The 
tariffs calculated within the FTh!l are computed for individual pipeline companies and are then aggregated as 
required. An acco&ting system is used to track costs and compute rates under various ratb design and regulatory 
scenarios. Tariffs are computed for both storage and firm and interruptible transportation services. Transportation 
tariffs are computed for interregional arcs defined by the NGTDM network, as well as'inmegional connections: 
These network tariffs represent an aggregation of the tariffs for individual pipeline companies supplying the network 
arc. Storage tariffs are defined at regional NGTDM network transhipment nodes, and likewise, represent an 
aggregation of individual storage company tariffs. These tariffs are for transmission services only and do not include 
the price of gas. 

More specifically, the lYi"M computes (1) feservation costs assigned to firm transpoftation service customers, (2) 
usage fees for firm transportatl 'on service, (3) minimum, maximum, and reference level (a function of pipeline 
capacity utili-/.ntion, but between the minimum and maximum) transportation rates for interruptible service, and (4) 
rates for storage &&. For fully regulated serviceg%ost-of-servic% based revenue requirements are computed by 
the PTM and are used within the Annual Flow Module to price transportation services. Where markets are 
competitive or are loosely regulated (i.e., intermptible transportation), the Annual Flow Module uses the reference 
le31 transportation rate set by the PTM as a lower bound for service in determining the actual rate charged. .The 

. 

, 
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, resulting rate (dependent on marginal costsj shokd be within the bounds of the mi&um and maximum rates , 

computed by the YiTvL3' ' 1  

The impacts of the capacity expansion decisions made in the Capacity Expansion Module are reflected in the pipeline 
tariffs computed by the PTM. The Capacity Expansion Module determiqes the location and quantities of additional 
pipeline capacity and storage facilities at the aggregate level represented by the NGTDM network. Interregional 
pipehe or regional annual storage capacity expansion requirements are provided to the FTM by the Capacity 
Expansion Module. Also, since capacity expansion decisions need to take into account the marginal k g e s  in 
pipeline tariffs in response to increased capital requirements, the PTM initially establishes tariffs (reservation fee) 
assokiated with a series of incremental expansions. Many of the calculations of components of the revenue 
requirements require the use of macroeconomic variables that are provided by the NEMS Macroeconomic Activity 
Model. - 

The Distributor Tariff Module 

The Distributor Tariff Module (DTM) determines regional and mor-specilic markllps that are applied to regional 
hub prices36 to derive regional end-use prices for each sector and market type (core and noncore). The end-use 
markups are comprised of four separate cost components: distributor tariffs, intraregional pipeline tariffs, intrastate 
pipeline tariffs, and a citygate bencbmark factor. The distributor tariff component represents the tariff for services 
provided by local distribution companies from the citygate to end-users, and is determined w h i n  the DTM. 
Intraregional and intrastate tariffs are regidnal charges by pipeline companies for mtraregional interstate and intrastate , 
transportation services, respectively. Intraregional interstate tariffs are determined by the Pipeline Tariff Module; 
and intrastate tariffs are specified exogenously. Citygate benchmark factors are d e d e d  endogenously to the 
model, and serve to align the model with core and noncore historical ci&gate prices. These markups from the hub ~ 

to each end-use sector are used within both the AMuaI How Module and'the Capacity Expansion Module. 

The DTM uses different methodologies to estimate regional core and noncore distributor tariffs. Noncore distributor 
tariffs are based on the corresponding histinical tariffs while the annual change in core distributor tariffs (excluding 
the trampomtion secto?') are a function of the annual change in core consumption and in costs of capital and 
wages, the noncore contribution to core revenues, and technological efficiency improvements. Not accounting for 
taxes, core distributor tariffs associated with the compressed natural gas fleet vehicle sector are a function of 
historical distributor tariffs, while.those associated with the personal vehicle sector are based on the industrial core 
market distributor tariffs with an assumed dispensing cost Distributor tariffs are calculated within the model each 
iteration 'of each foremst year, with historical levels used during historical years. 

. 
. 

I 

.e- -- 

/ 
3SThe NGTDM compares the effective tariff (Le., the differen? between $e price at two adjoining nodes) to as& if the 

limit was violated. Currently the model does not have a correcmg mechasm if the constraint is violated and simply reports 
the.occurrence in a report. Regulators have discussed the possibility of lifting this limit 

%e hub price is gual to the &et clearing price of all supplies at the transhipment node in the region in which the gas 

%The core transportation sector is comprised of fleet vehicle and personal vehicle consumption of cbmpressed natural gas. 

I 

* 

+ isconsumed. 
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. 5. Annual Flow Module Solution .Methodology 

As a key component in the NGTDM, the Annual Flow Modhe (AFM) determines the market equilibrium between 
supply and demand of natural gas. This translates into finding the price such that the quantity of gas that consumers 
would desire to purchase equals the quantity that producers would be willing tosell, accounting- for the transmission 
and distribution costs, pipeline fuel use, capacity limitations, and mass balances. Structurally, the AFM co+ists of 
a network of regions-connected by a parallel system of pipelines designed.to service two types of customexq core 
and noncore. Supplies are defined as total regional supplies available to both parallel networks, while demands are 
. defined separately as core or noncore regional demands. Because of the charactexistics of these two markets, pipeline 
tariffs are rated differently along the same arc. To achieve market eq@brium, the AFM has been formulated as 
a l i n k  program which maximizes consumer plus producer surpluses while minimihg transportation c o ~ t s . ~  
Supply and demand prices and quantities, .as well as resulting flow patterns, are obtained fiom the linear 
programming solution and sent to other NGTDM modules or other NEMS models after some processing. A simple . 
system diagram of the information flowing to and from the AFM is presented in Figure 5-1. A brief explanation 
of how supplies an& demands'are represented in the AFM, how the linear program has been formulated for the AFM, 
and how the AFM results are processed for the other NGTDM modules and NEMS models is presented below. 

Network Characteristics in'the AFM ._  * .  

As described earlier, the AFM network consists of two paraUel networks (firm and intenuptible service), each 
containing 12 regions (or nodes), 6 Can&ian border crossing nodes, and 3 -Mexican border crossing ,nod&. Net 
storage withdrawals are represented at 10 of the 12 regional nodes for both firm and interruptible services. Arcs 
connecting the nodes are characterized by pipeline efficiencies, physical capacities; pipeline tariffs,'minimUm flows, 
and maximum uWtions. The efficiencies are exogenously de@~.d~~ and-repment reduction in flows due to 
pipeline fuel consumption. Pipeline tariffs (defined in the Pipeline TarB,Module) repr,esent fees for moving gas 
along pipelines. Pipeline tariffs in tlie firm market include reservation and usage fees while pipeline tariffs in the 
interruptible market are composed solely of usage fees. Minimum flows are defined for each arc in order to maintain 
continuity in flows from one model year to the next. Maximum pipeline utilizations (established in the Capakty 
Expansion M&e) are defined to maintain consistency between capacity expansion decisions and flow patterns. 
Finally; a designated percentage of the pipeline capacity is not allowed to be used, to represent the capacity that 
would not be released, and is held as a safety.mygin.under normal weather conditions (Appendix E, W"HRFAC). 

, , . 

. 

Supply and Demand Representations . 

Supply and demand are represented as price curves in each regich in the AFM network. $ese c u r v ~  represent 
estimates of short term responses that Can be expted from the NEMS models that provide the AFM with regional' 
supply and demand levels. Demand is defined as core or noncore and tied exclusively to either.the firm or 
interruptible service network, respectively; while supply is defined as iotal supply avai@ble (in most cases) to either 
network, constrained by minimum flows along selected supply arcs going to each of the two networks. The supply 
and demapd types ak addressed below. 

Supply in the AFM includes associated-dissolved and nonassociafed production sources (onshore, offshore, apd 
Alaska), imports (Cnnnrlian and Mexican by pipeline, +ad as liquefied natural gas), synthetic natural gas (from liquids , -. 
and coal), and other supplemental supply. Of these, the assc@ateddissolved production, liquefied natural.g& . 
Mexican imports, Alaska production, and other supplemental supply categories are considered to be constant (or 
fixed). With the exception of associateddisso~ved Mtural gas, supplies witixfixed levels aie assumed to be available 

. 

' 

I ,  

/ 

38Adapted fiom the Project Independence Evaluation System (PES) model. 
39Almost every arc in the NGTDM network has associated efficiency variable. With the exception of the interstate pipeline 

arcs, a l l  of these factors axe set to 1.0 (Appendix E - NEFF-PIPE, UEW-PIPE, SEW-PPE, ME-XEFF, CANEFF, AEFl-PIPK 
> 

AEFF-PIPE-SCALE93). . . .  
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Figure 5-1. AnnuaI Flow Module System' Diagram 
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only to tlie firm network, while supplies with variable levels (Le., relatively price re 
available to eithk network. 

\ .  
ponsive in the short-term) are 

i 

. Some supply quantities are provided directly by the Oil and Gas Supply Model and/or other-NEMS models, while 
others are detexmined within the NGTDM, as described in Chapter 4.. For example, onshore and offshore production 
and Canadian imports are defermined within the NGTDM based on p h e t e x s  provided by the Oil and Gas Supply 
Modei, whereas he Oil and Gas. Supply Model establishes the level of natural gas flowing into the contiguous United . 
States via the Alaskan Natural Gas Transportation System (ANGTS). The Oil ahd Gas Supply Model also defines 
the liquefied natural gas quantities impOrtea through the four gasification t e m b l s  modeled by the NGTDM, as well 
as the level of associateddissolved gas production. Synthetic natural gas from liquids in Illinois is detexmined by 

' 

the NGTDM (as .a function of the associated region's market price), with synthetic natural gas from Hawaii he6 
constant throughout the forecast Na!mal gas from coal in North Dakota is provided by the Coal Market Model. 
Finally, other supplemental supplies are set to historical levels by &e NGTDM and held constant throughout the 
foreckt. Table 4-1 provides more detail on the regional representation of natural gas supply m the NGTDM. 
Another type of supply (or pseudo supply) available is backstop supply; however, it is undesirable for the system 
to use this supply source. Backstop supply is designed to be used only if &e system has insufficient supply or 
pipeline capacity to meet a minimum level of demand. If it is used, a high price is sent to the demand models 
which, in tum, are expected to respond by sending lower demand levels. Backstop supply is priced high4' in order 
to prevent it from becoming economically attractive. 

Demand includes end-use sector demands as well as exports. (Cagdian and Mexican), defined for both core and 
noncore customers. Although both types of customers are represented by &,mand curves, core demands are kept 
nearly constaut while noncore demands are allowed to vary more depending on sector type. aport demands are 
set exogenously in the Oil and Gas Supply Model and are assigned as core or noncore within the NGTpM using 
exogenously specified shares (Appendix E -- CANJTWRR-SHR, MExFRMITR_SHEQ . 

AFM Linear Program Formulation 
A linear programming algorithm has been developed ti, determine the least cost approach to achieving an equilibri% . 
between the supply and demand'for ~tura l  gas in the AFM. Equilibrium occurs when the Mce at which consumers 
are willing to purchase a product is equal to the price at which producers together with ,transporters are willidg to 
supply the product to the end-user. Economidy, this is the point where the sum of consumers' surplus and 

41 The methodology employed in solving the natkal gas supply.and demand producers'. surplus is maxlpllzed 
equilibrium assumes that marginal costs are the basis for determining market-clearing prices to noncore customers 
and that core customers are charged the average price. of gas delivered to, the associated region. The problem is 
based on a ttansmission and distribution system composed of two parallel networks.' These two networks serve as. 

' a means of distinguishing between firm and inteqtible transms - sion and distribution services, and are 
, interconnected only at supply points and through capp5ty constraints. This section defines the.linearprogramming 
methodology used to establish a market equilibrium in the AFM, from which supply and end-use prices are obtained. 
First, the representation of consumer plus producer surplus used in,the objective function is.derived, then a general 
description of the entire formulation is presented, followed,by the explicit mathematical equations. 

. .  

. 

' .  

. .  
Derivation of the Representation of Consumer and Producer Surplus 
The objective of the linear pogram designed for the AFM is to determine a market equilibrium between the supply 
.and demand of natural gas. As mentioned above, th&~occurs when the sum of consumers' surplus and producers' 
surplus has been maximized . Figure 5-2 illustrates this sum as the area under the demand curve (A+B+C) minus 
.the area under the supply m e  (C) to the left of the point of market equilibrium (P,Q). This section describes the 
cedaputation of the area under the supply and demand mes.that are used in' the objective function equation. 

- 

- * .  

I , .  
"'The backstop supply price is' a'user input (Appendix E, NG-BKsTOP-PR). 
"Adapted from the Project Independence Evaluation System (PIES) modd. . .  
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Figure &2. Supply and Demand Curves 
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A method for determining the area under the demand curve is established by first representing the demand curves 
as step functions, as shown in Figure 5-3. A base quantity and price are given and n steps on either side of the base 
point are defined. Toward this end, let (QDEM0,PDEMO) represent a known point (the base point) on the curve and 
an estimate of where the model wiU solve. The parameters UDEM.k and mEh!& are defiued as the inaemental 
quantities represented by kch step on the curve (i.e., the length of each step on the demand curve), and PDm.k and 
.PDEhz, represent the corresponding actual Mces. Note that the subscript k identifies the step on the curve to 
the right of the point (QDEMO,PDEMO), and the subscript -k corresponds fo the k"' step on the curve to the left of 
(QDEM0,PDEMO). . 

The variable ydem i s  defined as @e total deviation fiom the base point., and the set of model variables y d q  and 
ydem, are used to define ydem. Each variable represents a portion of the length of the specified step, such that 

. 

,o I yaem, 'I U D q  
0 s ydem-k I UDEM, 

'II n 
ydem = cydem,-cydem, 

k=l k=l 

~n brder for ydem to represent the distance either to the right 'or left of the initial point (QDEM~,PDEMO), the 
following conditions must hold. If ydem is greater than zero, then ekh  ydem, is at the-lower bound of zero; and, 
,if ydem is less than zero, then each y d q  is equal to zero. If ydem is equal to iero, then ea& ydeq  and ydem, 

' is equal to zero, and the model solved at (QDEMO>PDEMO). 

' In short, the demand curve is represented as zi step function.by defining an initial point on the w e  
(PDEMO,QDEMO), n y & q  variables, n ydem-k vahbles, and the corresponding prices. ' 

Given the above conditions for the relationship between y&% and yder& the area under the &d cirrve is 

. .  

t .  

approximated by: I . . ,  c 

D 
I 

where, 

c (PDq*ydemk - PDEM-k*ydem-k) + C 
, k=l 

. C = 
= * the area under the demand curve from QDEMO to step k 

the area under the demand curve from 0 to QDEMO 
Z PDEh&*ydeq 
2 PDEh&*ydem:k . = the Under the demand Curve from Step -k to QDEMo 

Note that C is a constant since the demaqd cuxye and QDEMO are given. The.variable ydem represents the distance 
either to the right or left of the initial point. (QDEMO,PDEMO), and the equation approximat& the htegral evaluated 
from zero to that point. e .  

I 

The area under the demand curve as calculated m the above equation is mcorporated in thcobjective function of the 
linear program with some modifications. First, the model is formulated as a minimiation problem requiring the 
signs of the coefficients on 'the equation representing sfie area under the .demand curve to change. Sec'ond, since the 
inclusion of a constant in the objective function does not change the model solution, the C term is excluded from 
the objective hction. . As a result, the following term becomes a part of the objective function: 
0 

. .  : 
EIAIM+d Documentation: Natural Gas Transmission and Distribution Model Volume I 

' 
55 
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Approximation of Area, Under the Demand Curve 
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When the area to the right of QDEMO (ydem greater than is calculated, the following properties must hold 

, (1) 

(2) 

At most one ydmk is not q ~ a l  to zero or UDEM~ 

.If y d e q  is not equal to one of its limits, then ydem,,.for all j less &I k, is eq& to its upper limit 
UDEM,; and ydem,, for all j greater than k, is eqd to its lower limit of zero. 

. .  

At optimality, the conditions listed above for ydem can be shown tb hold43 If the optimal quantity satisfied is on 
step k of the demand curve, Le:, ydew is not at either of its bounds, then ydem,, for j less than k must be at its 
upper bound (UDEM,), because it will always be more beneficial to bring iq more of quantity ydeq. than to bring 
in any of ydew since the coefficient of ydeq  is negative and PDEM, gk&r than PDEM, Similarly, ydem, for 
,j greater than kwill be zero because it will not be beneficial to bring m any of ydem, before brjnging in all of ydem, 
since the coeflicient of yd- is negative and PDEM, is less than PDEMp Furthermore, ydem.j for 811 j will be zero 
because it will not be beneficial to bring in any of ydem.j since its coefficient is positive. 

L&ewh, if the optimal quantity satisfied corresponds to step -k (some quantity must be subtracted from the base 
demand), where .ydem, is not at eifher of its bounds, then ydem,, for j less than k, must be at’its upper bound 
(UDEMJ, because it will always be more beneficial to subtract more of quantity ydenj than to submct any ydem, 
since the coefficient of ydem, is positive and P D N j  is less than PDEM, Similarly, ydem-j,’for j greater than k, 
will be zero because it will not be beneficial to subtract any of ydem.j before subtracting all of ydem,., since h e  . 
coefficient of ydemj is positive and PDEM.j is greater than PDEM, Furthermore, ydem, for all j will be zero eveh 
though the coefficient of ydeq is negative. This can be deduced by observing that if the quantity at ydem, were 
above zero, the increase in quantity would have to be negated by increasing ydemb which has a higher price,.thus 
causing the objective function to rise. . 

c 

Supply Cunies 
As with’the demand curves, the area under the supply curve can be estimated by first repr&nting the supply curves . 
as step functions and then sllmming the area under the steps on each curve. This is accomplished in a manner 
sim’ilar to the methodology used for demand curvk; however, the base point (QSUPO,PSUPO) is assumed to be at 
QSuPo equals zero. Thus, the ysup is represented only by ysup, and the suppIy term in the objective function 
becomes Z PsUPk*ysu& The base point (QSUPO, PSUPO) is set at the solution.value (gas production, wellhead 
price) resulting from the previous W S  iteration. The size of each ysup is set progressively larger as k increases, 
therefore allowing for smaller gradations around the base point (to better approximate the original supply curve). 
For the first two NEMS iterations, the size of each ysup is exogenously specified. Subsequently, the step sizes are 
decreased (as th.e NEMS converges to an equilibrium solution) based on the difference in the wellhead price solutions 
from the previous two NEMS iterations. 

\ 

General Descripfion of the A FM Linear Program Formulation 
. The objective of the linear program designed for the AFM is to determhe a market equilibrh between the supply 

and derqand of natural gas. Since the network consists of multiple supply sources, multiple demand points, and 
transshipment arcs, transportation cos& also must de included. Thus, system equilibrium will occur when the s w .  
of @J the consumers’ surplus, @J the producers’ surplus, and & the transportation costs (negative) is maximized. 
After translating this into a cost minimkm ‘on probleq, the follow objective function results. 

minimh {transportation 
.. 
R where, 

, 

‘%e analogous koperties hold for the left of QDEMO (ydem less than zero). 
43See page , I  B-16 in the,PIES mpdel documentation for a complete description. 

. s  

. -  
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Z (consumer surplus) + C (producersurplus) = 
(the m a  under the demand curve to the left. of equiliwum)-. 

. (the ma under the supply curve to the left of equilibrium) 

Capacity flow constraints are defined for each interregional arc in the overall network. Two types of constraints have 
been defined. One limits tofal annual flows along an arc and the other serves to limit aunual firm service flows 
along -the arc. The total flow constraint is an inequality constraint defined to ensure that total flow (firm plus 
interruptible) along an arc does not exceed the maximum allowable annual flow along the pipeline. The maximum 
allowable flow is defined as the d u m  physical capacity (adjusted for normal weather representation) times the 
maximum total UtiIiZation (defined by-the Capacity Expansion Module) for that arc. Similarly, the firm flow 
constraint is an inequality constraint defined to ensure that firm flow along an arc does not exceed the maximum 
allowable annual fiim flow along the pipeline. The maximum allowable firm flow is defined as the,maximum 
physical capacity (djusted for normal weather representation) times the maxim& fi;m utilization (defined by the 
Capacity Expansion Module) for that arc. The resulting constraints are given below for each interregional arc. 

For each interregional arc ij: 

(flow on thk arc to satisfy the core market) + (flow along an arc to satisfy the noncore market) S ((physical 
capacity on the arc] * (1 - weather ajustment factor for normal weather) * (annual capacity utili;mtion 
factor for total flow)) . 

(flow on the arc to satisfy the core market) I ((physical capacity on the arc) * (1 - weather adjustment 
. factor for normal wearher) * (annual capacity utilization factor for firm flow)) . ' 

A mass balance constraint exists for each transshipment node in each parallel network to ensure that the total input 
to a node equals the total output from the node (including net storage withdrawals, discrepancies, and losses): In 
general, gas flowing into a transshipment node comes ftom other transshipment nodes, supply mints, and (in some 
cases) storage, while gas flowing from a transshipment node goes to demand points, other transshipment nodes, and 
(in some cases) storage. Storage flows in the AFM are assumed to be constant for a particular year (defined by the 
Capacity Expansion Module) and are represented as net withdrawals (i.e., natural gas flowing out of storage to anode 
minus natural gas flowing into storage from a node). Net storage withdrawals are defined separately for the firm 
and mtemrptible networks. Discrepancies represent the difference, between historically reported supply versus 

.disposition values @.e., the balancing item).a The model incorporates an exogenous forecast of the national 
discrepancy:s shared out to regions based on historically bakd shares (Appendix E - NATL-DISCR, 
STEO-DISR-SHR). A general transdipment node mass balance constraint is listed below for both networks. 

For each fiim service transshipment node i: 

(flow into a tiansshipmentpode ftom another firm service transshipqent nodi) +%(flow into a transshipment 
node from supply points in the region) + (net storage withdrawals corresponding to firm service) - (losses) 
= (flow out of the transshipment node to other fimi service transshipment nodes) + (flow out of the. 
transshipment node to core market demand points m the region) + (discrepancy) 

For each interruptible ,service transshipment node. i: 

(flqw into a transshipment node ftom.another interruptible service transshipment node) + (how into a 
ttansshipment node from supply poink in 'the re@on) + (net storage withdrawals corresponding to 

' interruptible service) - .(losses) = (flow os of the, transshipment node to- other interruptible service 

4Histoncally, the level of the balancing item in-the amunhg of natural gas supply and &psition are not insignificant; If ' 
the natural.gas consumption forecast is.in line with history and the balancing item is not accounted for, the production forecast 
in the-model Wbe significantly out of line *th (below) history. Therefore the model incorporates an exogenously specified 
forecast of this balancing item or discrepancy (Appendix E, NAG-DISCR). 

' 

4SFor the years 1997'6 2000 and 2001 to' 2015, 7 BCF and 35 BCF, respectively, were exogenously subtracted from. the 
' 

. national discrepancy forecast to represent .fugitive emissions savings fiom'.the Climate Change Action Plan. ' .  
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transshipment nodes) + (flow out of the transshipmentnode to noncore demand points in the region) + 
(discrepancy) 

A mass balance constraint ako is included for each &e and noncore demand wit. This constraint ensures that 
the quantity allocated to an end-use pomt equals the quantity d k d e d  at that point Consumption in the AFM is 
defined by region and is represented by demand curves. It is the linear approximations to these curves that are used 
to resesent demands in the linear programming problem. 'A.l&ough t h ~  curves allow demands to drop to levels 
below base level demands in an effort to achieve a market equilibrium, supply or pipeline utilization b i t s  may 
prevent some regional demands from bemg'met. In order to prevent the linear pro&-am from going infhble, a 
highly priced ba&top supply ,is availabie at each demand point. If backstop supply is needed,. high prices result 
andihe other NEMS models wiU respond with lower demands. General transshipment n e  mass balance constraints 
are listed below for bot6 parallel networks. 

(flow out of a,msshipment node to core market demand points in the region) + (flow from a backstop 
supply point to core &et demand points in the regi6n) - (losses) =,(quantity consumed at that node for 
firin service) 

. .  
') , 

(flow out of a bansshipment node to nonme demand points in the region) + (flow from a backstop supply 
point to nonme demand points m the region) - (losses) = (quanti6 consumed at that node for interruptible 

' Each supply'point also has a mass balance constraint represented. Sin&gas &y flow from a supply point to a 
tmhsshipment node (in the same region) in either the firm or intermptible n e t w e  this constraint ensures that the 
total quantity flowing from the supply point equals the ainount supplied. The constraint states that total supply is . 
equal td the portion of supply' flowing to the firm network plus the portion of supply flowing to the interruptible 
network. The general constraint is presented below; 

(quantity supplied from the supply curve) = (flow from the supply point to a transshipment node to satisfy 
the core market) + (flow from the supply pomt to the transshipment node .to satisfy the noncore market) 

service) 

* 

Due to the name of a linear program, an optimal solution will not allow flow to occur simultaneously on a primary 
arc from Region A to Region B and on its bidirectional.arc i3om Region B to b'gion A because such a situation 
would incur higher tdsportarion costs (as compared with a case where flow occurs only in one direction and 

I represents net flow). Since an arc in the network'may represent an aggregation of some pipelines flowing one 
direction and other pipelines flowirig the opposite direction, flows along bidirectional arcs need to be explicitly 
represented. This is accomplished by setting minimum flows along the bidirectiona! arcs in both the firm and 
interruptible networks equal to historically observed levels (Appendix E - AFLOW-F, AFLOW-I). The general 
equations are presented beiow. 

. 
* 

'(flow along the bidirectional arc to'satisfy the core market) 2 (minimum firm flow requirement for the arc) 
1. 

I .  

(flow along the bidirectional arc to satisfy the noncore &ket) 2 (mixihum intenuptible flow requirement 
for the arc) 

Minimum levels are also set for  flows along primar)! arcs within the firm netw+ These minimum flows help to 
generate some continuity in flow patterns (which may not always ockm in a linear programming environment) that 
are generally associated with core market contract dem&ds. These minimum levels are a percentage (Appendix E, 
APCT-MINF) of flows resulting from last year's sol&onp6 and are defined as lower bounds on the flow variables. 
The general bound equation follows. ' 

(flow along the primaiy arc to satisfy the core market).? (minimum firm flow requirement for the arc) 
. .  

- .  

"In the first forebast year, m@hum flows are assigned as a percentage of historicaUy derived flows for 1990 (Appendix E - - AFLOW-F, AFLOW-I). 
I ,  
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Nominal minimum flows are also defined for flows along primary arcs in the interruptible network. As With the firm 
network, the njhimum flows are set equal to a percentage (Appendix E, A P C T - m  of the flows resulting from 
the last forecast year's solution, and are defined as lower bounds on the flow variables. This is represented in the 
following bound equation. 

(flow along the primary arc.to satisfy the noncore market) 1 (minimum interruptible flow r&pirement for 
thk arc) 

Minimum flows are defined on the arcs (to the firm and interruptible transshipment nodes) from the supply sources 
which a% not already specificaUy targeted for either the firm or interruptible aetwork. This is done to3nsure that 
each of these sources supplies a reasonable mix of natural gas to both the firm and interruptible networks. The sum 
of the minimum flows from each of these supply sources is set equal to 'the associated minimum supply level 
(described in Chapter 3). The Wintenuptible split used in.setting minimum flows for all.of these arcs &'equal 
to the national a r e  and noncore consumption split (after accounting for the supplies,specifically targeted to a 
particular firm or interruptible network). .Tfiis is represented in the following bund equation; 

' 

' (flow along the supply arc io satisfy &e core market) 2 (minimh firm flow requirement for the arc) 

(flow along the supply arc to satisfy the noncore market) 2 (minhum interruptible flow requirement for 
?he arc) 

F a y ,  a number of bound constraints are needed to complethy describe the step functions for the supply. and 

./ 

. ._ 

d e e d  curves. These bounds serve.to define the lengths of each df the steps on the linearized curves. ' ' .  
I~ 

Mathematical Specification of the AFM Linear Program Formulation 
 his section presents the &t,ofequations which completely defines the linear programming formulation for the AFM, 
inclu&g an objective function, flow constraints, balance constraints, and bounds on model variables. The. 
objective function has been defined as the market equilibrium between natural gas supplies and deinands, mclueg 
relevant transportation costs and backstop supply. This has been translated into the following objective function 
equation. 

' 

1 

.=- 

where the subscrip& 'indices are: 

/- ij, andm = transshipment node 
d = demdpoint 
s = supplypoint 
st. = storagepoint 
k = steponthecurve 

. .  
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c = number of steps on the supply c b e  
n = 

i j  = arc connecting transshipment nodes i and j 
i,d = arc from transshipment nodej to demand point d 
s,i = arc from supply point s to transshipment node i 

st,i = arc from transshipment node st to storage point i 
is t  = arc from transshipment node i to storage point st 

number of steps represented to the left or right of .the initial demkd point 
(QDEM0,PDEMO) 

the superscripted indices are: 
. .I 

F = f i i m . .  
I = interruptible 

the parameters are: 

PSUP 
PDEM 

QDEMO 
QSTR 

I DISCR 
I UDEM 

USUP 
LSUP 

per unit reservation fee and usage fee.(dollars per Mcf) 
efficiencies (fraction) 
physical capacity (Bcf). . 
weather factor for n o d  weather (fraction) [Appendix 8, WIER-XCAP] 
pipeline utilization (from Capacity Expansion Module as fraction) 
minimum flow requirement (BCQ . 
price of backstop supply 
(set to an arbitrarily high value), (dollars per Mcf) 

. 

= prices on the supply steps (dollars per Mcf) . 
= . prices on the demand steps (dollars per Mcf) 
= base demand level (Bcf) 
= net withdrawals from storage (3336) 
= discrepancies (Bcf) 
=' size of demand step (Bcf) 
= size of supply s ~ ,  (Bcf) 
= minimum. supply level (Bcf) 

- .  

, thevariablesare: 
, -  

I xij =. flowfiomitoj(Bd) ' 
yaen2,  = 
ysup, = for supply point (sa), the amount of supply step k taken (Bd) . 
qq, = 

for demand point (i,d)> amount of.conesponding demand'step taken (Bcf) 

amount of backstop supply used for demand point (id), (Bcf) 

' Capacity Cornmint Along Each Arc i,j: 
I 

xij P I  + xij I PCAPMAk, * (1 - WTHRXCAPij) * A-T, . 
. .  

Mass Balance Consttaints at Ehch Transshipment Nodi: (m): 

, 
ElAlModeI Documentation': Natural Gas Transmission and Distribution M o d e l  Volume I 5-1 1 



Mass Balance Consttaints at Each Demand Point (id): 

Mass Balance Constraint at Each Supply Point (s,i): 

C 

cysup,  = < + 
k d  

. .  
Minimmi Bounds on Flows Along Bidirectional Arcs (ij): ' 

m u m  BOUUCIS on  lows fiom ~ a c h  Designated supply Poiit (s,i): 
- 

xfj 3 MINFG I (33) 

Minimum Bounds on Flows Along Primary Arcs (i,j): 
. .  

q; =>mG F (34) . 

The following bound constraints also must be defined for the steps on the supply and demand a p e s ;  

< '  mElJIF*, . ,  o s  yaemF,, - 
o s  ydemIi& , 5 mEMI',, . .  
o s  ydemIi&. 5 UDEM',,, 
0 y h F u . k  .mmFi&k 

.. 
LsTJP,I ysup,,*'. I usup, ., 

For the most partLSUP is zero, except on the first step of the supply curve where a minimum supply level may be 
defined. 

Thus, the above equations m&kmatically specify the linear program objective fundion and the mddel constraints. 
The linear programming solution is obtained using a commercial softwafe package designed to solve thes&problems. 

, 

- .  
. 

. 
.=- 

, .  Processing of AFM Results I 
The AFM is responsible for providing other models within NEMS with ~ tu ra i  gas end-use b d  supply prices'and 
quantities which correspond to a market equilibrium between natural gas supply and .&mand. In addition, the AFM 

- must provide NEMS with resulting pipeline fuel consumption, lease and plant consumption, and hissions levels 
ass& with the network results. Once the linear programming problem is solv$ these principal model forecast 
results are p r k . e d  dmg information extracted from the resulting matrix. For example, smce the'AFM solves at 
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. .  

a regional level which differs somewhat from the NEMS Census divisions and other model's regional definitions . 
(as described in Chapter 3), the AFM results must be aggregd  into the regons required by the receiving models I 

, * prior to beiig passed to NEMS, Another major processing step is the calculation of average market prices to the 
core customers. The various methodologies used to generate these model results are presented below. 

Supply Prices and Quantities 
The AFM provides wellhead prices and quantities for onshore, offshore, Alaska, and Canadian production, for 
Canarlish, Mexican, and liquefied natural gas imports (at the border crossing), and far synthetic natural gas and other 
supplemental supplies. With the exception of Canadian &port and wellheadprices, these values are obtained directly 
from :the linear programming solution with little or no processing required. For example, wellhead prices obtained 
from the model solution need to be translated from one regional representation to another. The Mexican and LNG 
import prices as extracted from the LP are adjusted using item-specific benchmark factors that remain constant 
throughout the forecast year. Each benchmark factor represents the difference between the model solution (in the 
last historical year) and the related historical regional import price. Some of these results are passed to the Oil and 
Gas Supply Model, the Petroleum Market Model and the Coal Market Model forprocessing, while others are passed 
to the integrating routine of NEMS for convergence and kporting purposes. . 

To detehine Canadian import and wehead prices, a netback pricing routine is used in conjunction with benchmark 
factors. For Canadian import prices, this involves taking the price-at the node nearest to the border crossing node, 
reducing it by the tariff along the arc connecting the two nodes, and then adding a benchmark factor. For example, 
since Canadian imports from border crossing node 13 go into node 1 on the AFM network (see network defined m 
Chapter 4), the netback price at node 13 is the node price at node 1, minus the tariff along arc 13 to 1. A 
benchmark factbr is then added to the result to arrive at the Canadian import price. As with the Mexican and LNG 
impor& prices, the benchmark factor represents the delta between the netback pricing model result (in the last 
historical year) and the corresponding historical Canadian &port price. Similarly, Canadian wellhead prices are . 
detennined by first taking each of the resulting Canadian imports prices (at the border crossing) and subtiacting the 
corresponding Canadian markups from the wellhead, and then taking a quantity-weighted average of the results 
(adjusted for losses). 

End-Use Prices 
I The AFM provides regional end-use prices for the Electricity Market Model (electric generation sector) and the other 

NEMS demand models (nonelectric sectors). For the nonelectric sectors, prices correspond to core and noncore 
service at the Census Division leveL However, for the electric generation sector, prices are determined for three 
types of customers (core segment, noncore segment competitive-with-residual fuel oil, and noncore segment 
competitive-withdistillate fuel oil), at two different regional levels (the Census Div@ion level and the NGTDMfEMM 
subregion level). End-use prices for Some sectodsegments within the model are easily determined from the AFM 
linear programming solution, while others are determined through more rigorous procedures. 

End-use prices corre'sponding to the nonme, nonelectric sector for e;ach Census Division are easily detemhed from 
the NGTDM regional'prices produced by solving the AFM linear program. -Once retrieved from the linear 
'programming solution, the NGTDM regional prices are aggregated into Census Division level results (using a simpk. 
quantity-weighted averaging technique) and converted into the appropriate units. 

End-use prices for core qmices m o t  be taken dir&tly from the linear propumping solution because the hear 
progmm prices natural gas at the margin when, in fact, prices for the'core segment need to be represented as average 
prices. A methodology has been established to calculate. average regional transhipment node prices, from which 
awlage end-use prices for the core segment can be determined. This methodology is based on the premise thaE the . 
NGTDM network (discounting bidirectional flows) can be viewed as having a quasi "tree" structure?'with the primary - . 
supply sources' at the bottom (or root) and the more distant demand regions at the top. Using this tree structure, 
average finn transshipment node p r i k  are calculated startigg from the root and mo,Ving up to the top branches. At 
each regipnal transshipment node, the average price is calculated as a quantity-weighted average of gas coming.from . 
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other regions and gas produced within the region. Gas produced from other regions is priced at the average 
-tran&ipment node price in the other region, plus the cost.based tariff to move the gas €?om the.other region. Note 
that average prim are calculated after the linear program has been solved. This should not directly impact other 
NGTDM model results (e.g., interregional flows)' since core demands are relatively inelastic to price changes 
(reflected in the fact that the model asSumes a price elasticity of zero for the.core demandarves). 

. 

End-use prim for core customas in a region are then set by adding the intraregional tariff, the intrastate tariff, the 
distributor tariff, and a citygate benchmark factor to the average regional transshipment node price (see Chapter 6 
for deal. These regional prices are then aggregated to the census Division level using a s i p l e  quantity-weighted 
average technique and converted to the appropriate units. Note that regional core transportation end-use prices are 
determined in a similar fashion but are defined individually for fleet vehicles and p&sonal vehicles 
(PGFIWV). A quantity-weighted averaging routine is used to determiue the combined end-use price for the core 
transportation sector. 

Electric generation sector prices are sent to the Electricity Market Model at the NGTDMEMM subregion level and 
to NEMS (for convergence and reports) at the Census Division level. The Electricity Market Model requires prices 
to be reported for all three market segments, while NEMS requires that prices for the competitive markets be 
combined into an average nmcm price. Different methodologies are used to determine the delivered natural gas 
price to each of the three electric generation market segments. Electric generation sector prices to core customers 
in each NGTDMEMh4 region are determined by adding the intraregional q, the intrastate tariff, the distributor 
tariff, ana a citygate benchmark factor to the average associated NGTDM regional f m  transshipment node price 
(defined above), processed to represent the appropriate regions (NGTDMEMM subregions for the Electricity Market 
Model and Census Divisions for NEMS), and converted into the proper units. Two userdefined options exist for 
determining electric generation sector prim to the competitive (midual and distillate). segments: (1) the sum of 
interruptible trawhpment node price, the intraregional, intrastat(5, and distributor tariffs, and a benchmark factor, 
or (2) afunction of th&r corresponding competitive fuel price. See Chapter 6 for details. Next, a quantity-weighted 
averaging routine is used to combine the two competitive segments into a single average end-use price to s q d  to 
NEMS. 

I 

Pipeline Fuel. Consumption and Associated Emissions 

For each arc of the network, pipeline fuel consumption is.calculated by multiplying the flow on the arc by the 
percentage (specified as a kction) lost due to pipeline fuel use. This percentage lost is 1 minus the efficiency 
specified along the arc. The efficiency term is &lined using input data in conjunction with a multiplicative scaling 
factor which is Usep to calibrate the rksults to equal the most recent national historical or STEO pipeline fuel 
consumption. The pipeline fuel use along each arc of the netwoik must be tbnslated to fuel use by NGTDM region. 
This disaggregation is accomplished by multiplying the fuel use on each arc by regional shares based on the mileage - of pipe in a given region (Appendix E, NG-ARCSIZE). A similar loss factor is applied along each intraregional 
arc to account for losses a m e d  in the distribution process. 

kpeline fuel consumption is used as a basis for calculating the emissions which result from pipeline compressor 
engine use. Both reciprocating engines and gas turbines are used to power compr.essors. The latter engines 
oumumber the former by a factor of approximately 3.3, primarily because they accommodate higher capacity flows 
at a greater efficiency. However, the reciprocating engines allow for greater variation in flows and are able to send 
flows in both directions along the pipe. According to estimates by Argorme.National Laboratbry (presented in the 
NES Environmental Analysis'Model (NESEAM): AN& Technical Memorandum, Section "Natural Gas" of the' 
Appendix C), 77 percent of the engines used for &elin& transportation are gas turbines and 23 percent are 
recipmcathg piston compression engines. 

T@e NGTDM quantifies eight types of pollutants discharged by &e combustion'of natural gas at gas pipeline 
compressor stations: total carbon, nitrogen oxides, sulfur oxides, carbon monoxide, carbon dioxide, methane, volatile 
organic compounds, and particulate. Since data on particulate emissions are not available and particulate emission 
levels are assumed to be small, estimates for particulate emissions are not included. Estimates for the discharge 
levels of the other pollutants are calceted as functions of the pipeline fuel consumption. In the last five years, 

. ,  . .  
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pipeline fuel sumed by the compressor stations represents about 3.6 percent of the annual amount of gas delivered 
to consumers. Natural gas pipehe emissions by NGTDM region are calculated as'the product of the annual pipeline 
fuel consumption in the region times an emissions factor, as follows: . .  

* p . = subscript that designates any ofthe eight types of pollut& discussed above (1-total 
carbon, 2-carwn monoxide, 3-carbon dioxide,'4sUlfur oxides, 5-nitrogen oxides, 6- 

emissions factor (Appendix E) (thousand poupds emissions per billion cubic feet 
pipeline fuel consumed) 

= ' * natural gas pipeline annual emissions, in thousand metric toris 0 in Ce&us. 

[Note: The conskt 2205.0 in the equation converts the result in pounds to metric to&.] 

A separate carbon emissions ioutine within the NEMS ovenides the imissions levek-dculateb within the NGTDM 
and establishes the fkal reported carbon emissions levels for the NEMS. 

. volatile organic compounds, %methane, 8-particuIates) ~ 

QGm,, = annual pipeline fuel consumption in year y for Census Division r (Trillion BTU) . .  
EMISRATp = 

CFNGC = ccnwrsion factor p m o n  BTULBCF) 

Division r and year y. 
EMNT,,, 

- ' 

. .  - 
. 

Realized Pipeline Tariff - 
The Pipeline Taxiff Module ~ o v i d e s  the AFM with a miuimum and maximum usage fee, as well as an estimated 
usage fee for use m the model for transporting gas between regions under interruptible service. Once the linear 
p r o w  is solved, the realized tariff along each arc in-the network equals the difference between the market cIearing 
prices at the two connected transshipment nodes. If the natural gas flow along the arc is less than its capacity limit, 
the realiied tariff equals the usage fee assigned when the linear program was formulated. If the flow along the arc 
is at its limit, the realized tariff will be greater than (or possibly equal to) the usage fee originaUy specified and cdula 
exceed its maximum allowed leveL A check is made to identify any realized tariff greater than its allowed 
maximum. Currently no adjustment is made within the model if this maximum is exceeded, although it typically 
is not. Proposals have been discussed concerning the Federal Energy Regulatory Commission (FERC) lifting this 
regulatory limit on interruptible tariffs. 

. !  

. 
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6. Distributor Tariff 'Module Solution Methodology 

This chapter discusses the solution methodology for the Distributor Tariff'Module @TM) of the Natural Gas 
Transmission and Distribution Model (NGTDM). The DTM develops distributor tariffs and the corresponding' 
markups that are applied to regional hub prices to derive end-use prices within a region. The hub prices are equal 
to either the &ket c l h g  price for supplies to noncom customers or average market prices for supplies to core 
customers: These markups include an intraregional interstate, an inkstate, and a sector specific distributor tariff, 
as well as a benchmark factor. The inmegional interstate tariffs are provided by the Pipeline Tariff Module. The 
intrastate tariffs are set exogenously; and the benchmark factors are established endogenously to calibrate citygate 
prices to historical values:' Distributor tariffs are assigned within the DTM. 

Distributor tariffs, and therefore markups, are deter'mined separately for the residential, commercial, kdusttial, 
* electric generator, and transportation (compressed natural gas vehicle) sectors. Distributor tariffs for the industrial 

sector and electric generators are segmented by m e  and noncore markets, whereas residential, commercial, and 
natural gas vehicle customers are classified as core. It is assumed that core customers receive all  of their ~tura l  
gas under finn (or near-firm) transportation agreements and that noncore customers transport their gas under 
intermptible or sholt-tern capacity release transportation agreements. As described in Chapter 3, the noncore electric 
generator sector has been further divided into two customer classes within NEMS: dual-fired electric generating units 
that are switchable to residual fuel oil (competitive-with-residual fuel), and gas turbines and dual-fired turbmes that 
are switchable to distillate fuel oil (competitive-withdistillate). Consequently, distributor tariffs, markups, and end- 
use prices are defined separately for these two noncore service types. Similarly, the core transportation sector is 
composed'of two categories of compressed natural gas (CNG) consumers (fleet vehicles and personal vehicles) and 
also has separate pricing components. 

The primary task of the DTM is tb detemine regional core and nonwre (where applicable) distributor tariffs for each 
end-use sector. Distributor tariffs to core customers are based on estimates of (1) the cost of providhg service to 
the core end user, (2) recovery of k'ed coqs from the noncore segment of the market, (3) industry efficiency 
improvements, and (4) bypass by large industrial and electric utility consumers: 'Noncore distributor tariffs are based 
on historical tariffs, with assumed decline mtes. Aprimary factor in the selection of methodologies for developing 
distributor tariffs was the lack of publicly available data to develop a detaiIed cost-based accounting methodology 
similar to the approach used for interstate pipeline tariffs in the Pipeline Tariff Module. 

The calculation of the following are discussed in the remaink of this chapter in the given order: the end-use prices 
by sector, the price markups from the hub to the end-user by sector, and finally @e components of these markups 
@rimarily the distributor tariffs). 

' 

. 
. .  * 

I 

- 

Markups and End-Use Pricing in Natural Gas Markets . 

End-Use Prices 
End-use prices for the residential, commercial, industrial, transportation, and electric generation sectors are comprised 

. of five components: (1) the regional hub price of natural gas, (2) the tariff for inharegional movements of natural 
gas on the interstate network, (3) a tariff for intrastate pipelhe services, (4) a tariff covering the costs of distribution 
services, and (5) a citygate benchmark factor. The.latter four components are consolidated into a markup. In 
establishing the final end-use price, both the m a r h  and the supply price at the hub are adjusted using an 

. "efficiency" factor to account for the use of fuel in transporting natural gas from the regiom hub to the end user. 

* .  / 

"The intrastate.tariffs are cmently set to zero and &e indirectly accounted.for within the distributor tariffs. 
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Nonelectric Sector End-Use Prices 

The primary equations for dete-g core and noncore natural gas end-use prices for the nonelectric sectors are 
provided below. m e  transportatip sector is presented separately following these equations.) 

NONU-PR-FG '= (NG-AVGPR-Fj + LPMU-NONU-FG) / (NEF'F-PIPEiG * AEFF-PIPEjz) 

Noncore 

NONU-PR-Ii, = (NG-MAGPR-I, + LPMU-NONU-12 / (NEFF-PIPEG *' AEFI-PIPEji) 

(37) 

where; 
NONU-PR-F = 

NG-AVGPR-F = 

LPMUANONU-F = 

NONU-PR-I = 
NG-MAGPR-I = 

LPMU-NONU-I. = 

NEFF-PEE = 

AEFF-PIPE = 

natural gas end-use price to the core nonelectric sectors (dollars per Mcf) 
hub price for fian service [derived from A n n d  Flow Module solution matrix 

markup.from firm service hub price to core nonelectric sectors, before adjusting for 
pipeline fuel use'(d0llars per Mcf) 
natnral gas end-use price for noncore nonelectric sectors (dollars per Mcf) 
hub price for mtermptible service [from Annual Flow Module solution matrix 
(dollars per M o l  
markup from mtenuptible service hub price to nonme nonelectric sectors, before 
adjusting for pipeline fuel use (dollars per Mcf) 
efficiency factor for accounting for fuel use to tmspoq natural gas from the 
regional hub to end-use customers [Ap'dix.E] 
efficiency factor for accounting for fuel use in the intraregional interstate transport 
of gas [Appendix E] 
end-use sector index 
region index (j,j equates to intraregional activity). 

((io- per M a l a  

Before completing the processing of nonelectric end-use prices, the DTM checks the prices against a minimum 
threshold price of $O.oooOl per Mcf. The purpose of this check is to send a nonzero pri& to the NEMS Inte&ithg 
M W  in Situations where there is no gas consumption by a sector in a given region. Should the end-use price be 
very ~nall, the price is met to the .a t  price that is available (either fiQm a'previous iteration, model.year, or 

. hisbrical period) for the sector. and region. 

Regional -on. sector end-use prices (assumed to be core) are determined in 'a similar fashion, but ire 
defined individually for fleet vehicle and personal vehicle use. 

. 

Core fleet vehicles 
. .  

TRFV-PR-Fj = (NG-AVGPR-Fj + LPMU-TRFV-F,) / (NEFJ?-PIPEidi .* AEFF-PIPEji) 

Core mrsonal vehicles . 

1 -  

(39) 

where, 
TRFV-PR-F = 

LPMU-TRFV-F = 
. 

natural gas end-use price for the fleet vehicle sector (dollars per Mcf) 
markup from firm m i c e  hub price to the fleet vehicle transportation sector, befqe 

,adjusting for pipeline fuel use (dollars per Mcf) 
/- 

48A description of the calculation of an average hub (or transshipment node) prim is presented in chapter 5. 
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' TRPV-PR-F = naturaz gai end-use price for the personal vehicie transportation sector (dollars per 

. LPMXJ-TRPV-F = markup from firm servick hub price to the personal vehicle transportation sector, 
' 

bkfore adjusting for pipeline he1 use (dollars per Mcf) 
hub price for fiun service [derived from A n n a  Flow Module solution matrix 

= . efficiency factor to account for fuel used to trimport natural gas from the regional 

I .  Mcf) 

NG-AVGPR-F = 

NEFF-PIPE 

AEFF-PIPE = 

= 

(dollars per M a l  

hub to end-use customers [Appendix E] 
efficiency factor to account for fuel usxi for the intraregional transport of na~al . 
gas [Appendix El 

' end-use sector indkx (id for transportation sector) . , 

If the regional end-use price of CNG for personal vehicles (TRPV-PR-F) is greater than the regional commercial , 

sector motor gasoline price (defined by @e Petroleum Market Model), then @e resulting price is determined to be 
the greater of the follodving: 

* *  

. 

i 
j = region index (jj equates to intraregional activiG). 

, 

I 1: PMGCM,*CFNGN 
2 'WV-PR-Fj - (RETALCOST * RETAIL-€"') 

. wheie, 
PMGCM = comer& e r  motor gasoline price (aollar~ per -tu) 

= ' disujunt on dispensing charge (fraction - 9.20) 

j = regionmdex. . . .  

TRPV-PR-F = 
RETAL-COST = 

end-use price of CNG cohsumed by personal vehicles (dollars per Md) 
dispensing charge above fuel cost (dollars per Mcf) [Appendix El 

. . WAL-W 
CFNGN = , conversion factor (=LO31 MMl3tu per Md) ' . 

, I  

Electric Sector End-Use Prim' 

An equation similar' to that used for the nonelectric sectors is used for determhing core end-use prices for the electric 
generation sector: 

1 

I 

UILPR-Fj, = (NG-AVGPR-Fj + LPMU-TJTIL-Fj> / CUEFF_PIPEjj, i AEEF-PIPEjj3 (41) . 
where, 

UTJL,PR-F = 
NG-AVGPR-F = 

LPMU-UTIL-F = 

. .  
AEFF-PIPE = 

j =  
, .  n = , '  

end-use price for core electric generator s e c d  (dollars per Mcf) 
hub price for fiun service [derivG from Annual Flow 'Module solution matrix 
(dollars Per M a l  
markup from the firm seMce hub price td the me  electric generator &or, before 
adjusting for pipeline fuel use (dollars per Md) 
efficiency factor to v u n t  for fuel used to transport' natural gas from the regional 
hub to electric generator customers [Appendix E] 
efficiency factor to accopt for fuel used for mtraregional transport of natural gas 
[Appendix El 
region mdex (ij equates to intraregional activity) 
Electricity' Market Module region index. 

. 

.. 
.=- 

b e  end-use pr i ks  for the two categories of the n o n m  electric generator sector are calculated as follows: , 

Cometitive-with-residual fuel - 

, .  
EI/UModd Documentation: Natural Gas Transmission and Distribution Model Volume I 6 - 3 .  . .  



- Comwtitive-withdistillate 

UTIL,PR-Dj, = (NG-MAGPR-Ij + LPMU-U"IL-IDj,) / (UEFF-PIPEjn * AEFF_PIPEj'J .. (43) 

where, . . . 
. UTIL-PRJJA = natural gas end-use price for nonwre competitive-with-residual fue 

generation sector (dollars per Mcf) 
electric 

I 

markup fiom interruptible-hub price to the noncore competitive-with-residual fuel *. 
electric generation sector, before adjusting for pipeline fuel use (dollars per Md) 
naW gas end-use price for noncore competitive-withdistillate electric generation 
sector(dollarsperMcf) ' 

markup from interruptible hub price to the noncore competitive-withdistillate 
electric generation sector, before djusting for pipeline fuel use (dollars per Md) 
hub price for i n e t i b l e  service [from Annual Flow Module solution matrix 
(dam per M a l  
efficiency factor to account for he1 used to transport natuml gas fie the regional 
hub to end-use customers [Appendix El 
efficiency factor to account for inmegional transport of natural gas [Appendix El 
NGTDM region index 
Electricity Market Module region index. , 

An option for a second methodology for setting noncore electric generator prices is available and has been used in 
the past The specific equations follow: . -  

.. 
Comoetitive-with-residual fuel 

/ .  * 

, -  where, 
uT3L-PR-R = natural gas end-use price for the nonme Ampetitive-with&idual fuel electric 

generation sector (dollars per Mcs) , . . 
PR-MIN = discounted alternative fuel price (dollars per Mcf) 

j = NGTDMregionindex 
n = Electricity Market Module region index. , ,  

.. 
The discounted a l d v e  fuei price is the product of the alternative fie1 price (regdual fuel oil) times a discount. ' 

factor. The discount factor is the 1- of the nahiraI gas-to-residual fuel oil price ratio proviM+ by the Electricity 
Market Module (GRATMAX, equal to the price at which electric generators will bum the maximum amount of gas 
as opposed to residual'fuel oil) or the natural g&-to-residual fuel oil price ratio specified vhthin the NGTDM 
(Appendix E, NGRATMAQ. 

I 

. .  
. .  , .  

Comwtitive-withdistillate 

UTIL-PR-lDj, = PERCDISC,, * PDSELj * CFNGU . I  (45) 

where, . .  
UTIL-PR-ID = 

PDSEL = 

PERCDISC = 
CFNGU. = 

natural gas end-use @ce for nonwre competitive-withdistillate electric generation 
sector (dollars per Mcf) 
alternative fuel price (distillate fuel oil) to the electtic generation sector (dollars per 

percent discount off alternative fuel price (Appendix E, UPDPl) 
conversion factor [assigned by NEMS system at 1.034 (MMBtu per Mcf)] 

. j = NGTDMregionindex 
n = Electricity Market Module region index. 
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. .  
Under ,this alternative option, the effective distributor tariff resulting from setting the end-use price based on the 
alternative fuel is checked against an assumed minimum (Appendix E - URFLOOR, UDFLOOR). If the minimum 
is violated the end-use price, is adjusted accordingly. Under both options, an aggregate noncore end-use price for 

, the electric generation sector (UTJL-PRJ) is calculated as the quantity-weighted average of both components. 

\ 
Markups 
All of the markups from the fum or interruptible hub to the end-use price mentioned above are comprised of four 
separate cost components -‘distributor tarif€s, mmegional tariffs, intrastate tariffs, and a citygate benchmark factor. - 
These tariff and beBirhmmk components are presented in Figure 6-1. The distributor tariff component is region and 
sector specific, while the other components are only region specific. Distributor tariffs are calculated within the 
model each iteration of each f&ecast year, with historical levels used during historical years. The methodologies 
used to calmlate distributor tariffs for core and noncomcustomers aredetined in the next two section of this chapter. 
Inmegional pipeline tariffs are provided by the Pipeline Tariff Module each forecast year, while the intrastate tariffs 
are input assumptions that remain qnstant thtoughout the forecast. Citygate benchmark factors are detedned 
endogenously’to the model. 

Figure 6-1. Tariff and Benchmark Compohents of Regional Markups ’ 

End-Use 

Regional Hub Citygate / : 

lntraregional Intrastate . Benchmark 1 T?ff Tan’ff, I =  . 1 Factor 

’_ Distributor ’ I 

The generic equation for the markups from a hub price to an end-user follows: 

LPI&j = DTAE$ +.PTq, j  + INTRA-Tq +, CGBENCH, 
I 

where, 
LPMU 

DTAR 

= -markup from an eithg-firm or intenuptible hub prick to either the core or noncore 
. end-use price for a given sector within region, j. 

= . distributor tariff for either the core or nonme category of a given end-use sector 
within region j 
tariff for intraregional (h-PTAR-F or mtenuptible-PTAR-I) service provided 
by interstate pipekes within-region j 

INTRA-TAR =’ tariff for (fum-INTRA-TARF or intenuptible-lNTRA-TARI) intrastate pipeline 
services [Appendix E1 

’ PTAR = 
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I .  

CGBENCH = (Iixm-CGBENCHF or mterruptible-CGBENCHI) citygate hen- factor . 

The specific variables used in the NGTDM and referenced in the documentation for &ch of the sectors/categones 

. j = region index (jj equates to inharegional activity) 

represented are shown below (where s represents a 

Personal vehicles 

Core electric generator 

sector index): 

LPMU ' ' 1  ' DTAR' 

I 

. .  
Core Distributor, Tariffs . . 

A new algorithm has been developed for the DTM that sets distributor tariffs for core customers. The algorithm is 
responsive in part to revenues genqted from the noncore segment of the mirket, user-specified industry efficiency 
improvements, and user-specified assumptions on bypass by large industrial and electric utility consumers. The 
methodolo& is based on the concept that a portion of the revenues from interruptible customers are used to offset 
firm revenue requirements as viewed by a local distxibution company (LDC). The transportation sector is not 
included among the sectors for wbich this algorithm is used b u s e  of the current nature of the marker the use 
of compressed nab@ gas as a vehicle fuel is evolving from govemmenthdustry sponsored demonstration programs 
to large scale commerciril use. Therefore, a separate methodology is used to determine distributor tariffs for the 
transportation sector. These are described separately below. ' 

Residenfial, Commercia/, lndusfrial, and Electric Generafion Secfors 
~n gen- the new DTM algorithm estimates the annual change in toM costs associated with providing disttibution * 

services to core customers, accounts for any recovery-of fixed costs from the noncore segment of the market, and 
adjusts the previous year's diskbutor tariffs for each of the end-use sectors to reflect the resulting annual change 
in revenue requirement. Fmt, regional core market revenue requirements (RRFr) are set based on an endogenously 
derived total cost (TCr) for core distribution seMm andm assumed noncore market contribution (ICC,) to fixed 

. 
costs. Next, core distributor tariffs @TAR-EFrJ are estimated for each sector and region based on the core' , 
distributor tariff @TmFra..,) from the previous year and the annual percentage change m natural gas volumes 
consumed by Core customers (VolFr& These tariffs arg then used to estimate the revenue requirements (RR-EFr) that 
would be met from core customers if these estimad distributor tariffs .@TAR-EFrJ were charged. Fmaly, m e  
distributor tariffs @TARFrJ for the current forecast year are set by adjusting these estimated regional coz 
distributor tariffs by apportioning the associated difference in revenue requirements (q) between the forecasted and 
estfmated values to the sectors represented based on thekrelative tpUribution tothe total revenue requirement. The 
following equations describe this process in mathematical terms.' 

. .  
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Vy-iable Defhtiok 

The variables used in the subsequent equations are defined as follows. 

Subscripts and Superscripts 
.F = 
I =  
r =  

res = 
com = 

urd= 

t-1 = 

S =  

~ ind.= 

t7Y = 

Variables 
, RR= 

' -  RR-E= 
TC = 

. ICC = 
Vol = 

Bypass = 
DTAR = 

minDTAR'=, 
. DTARJ= 
MIN-DELTA = 

a= 
' f3= 

g = 
k= 

Te~bEff = 
W =  

- Modelvariables 
MC-ECIWSPNS = 

MC-CPI = 
COSTCAP = 

' WT-DEBT = 
NG-REALRMGBLUS = 

' MC-RMPUhS = 

AVG-COSTCAP = 

AVG,RMPUAANS = 
MC-PDGP = 

core market (receiving firm transportation service) 
noncore market (receiving interruptible transportation service) 
region 
sector . 
residential sector 
commercial sector 
industrial sector 
eIectric generation sector 
Year 
previous year 

, 

c 

market revenue requirements (87$) 
estimated market revenue requirements (87$) 
total cost to provide distribution services to customers (87$) 
noncore revenue contribution to fixed costs (87$) 
volume of natural gas consumption (BCQ. 
percent of noncore volumes that byp+s the LDC [Appendix E - I-BYPASS, (fraction)] 
distributor tariffs (87$/Mcf) 
minimum nonme dismiutor tariff [Appendix E - MiNMtJ-I, (87$/McQ] 
estimated market distributor tariff (87$/McQ 
minimlrm offseE to shift DTAR &om negative to positive (87$/M@ [$0.50 plus the lowest 
nonpositive distributor tariff from the previous year] 
delta between forecasted RR and estjmapd RR (87$) 
percent of profit from noncore revenues contributed to offset core market distribution 
costs [Appendix E -- DTM-BETA, (fraction)3 
percent change m total core market distribution costs (fraction) 
capital costs (87$) 
employment costs (87$) 
technical efficiency factor [Appendix E, TECHj9FJ 

~ 

- 5  I 

. .  

employment cost index - private wage and salary (provided by the hkxceconomic 
Model) 
consumer price index (provided by the Macroeconomic Model) 
cost of capital 
av&e cost of capital 
weighting for debtlequity contribution to cost of capital'[Appendix E, (fraction)] 
real dollar yield on 10 year U.S. Government bonds (forecast values provided by the 
Macroeconomic Model, historical values m H-REALRMGBLUS - Appendix E) 
yield on AA utility bonds (forecast values provided by the Macroeconomic Model, 
historical values in H,RMPUAANS - Appendix E) 
20-year rolling average of ;Geld on AA utility bonds 
GDP deflator index (provided by Macroeconomic Model) 

De/termine Regional Core Revenue 'Requirements . 

Regional core revenue requirements are a function of total core customer related costs and the m v e r  of fixka costs 
from noncore customers within the region. . 
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Regional core revenue requirements = regional total fkm costs - regional noncore contribution to fixed costs 

RRF, = TCF, - ICC, - (47) 

Assuming that a portion (Bypass) of the noncore customers bypass the LDCp9 that the regional noncore recovery 
of fkkd costs is a proportion of the regional noncore profits collected'by the LDC, and that noncore profits 
represent noncore revenues that exceed the cost of providing noncore services, then: r 

.Regional noncore contribution to fixed costs = [ total regional noncore volbme * (1 - LDC bypass) * (regional 
noncore distributor tariff - minimum regional noncore distributor tariff) * p 

' 

Due to the lack of available data for qgional costs related to core distributor &ices, historical values for these costs 
are derived from the data that are available and annual changes in costs are forecast using model input parameters. 

. Some of these pamneters were based on statistical estimates presented by Mary Lashley Barcella in hex paper, 
"Natural Gas Distribution Costs and Efficiency Implications for Regulation." The paper presents a total distributor 
cost equation with parameters estimated on the basis of data from 50 local gas distribution companies covexhg the 
period 1%9 through 1988. The par&neter estimates from her work have been used to forecast the annual change 
in total regional distributor costs associated with core customers, as represented by the explicit values shown below: 

. 

g = %ATCF, = [ 0.400*%A(V01~,~ i V 0 l F r d  + 0.117*%A(V01~,&, + VOIFraJ + . (49) 
0.2678*%& i 0.1671*%Aw I 

The percentage change in volumes are calculated as: 

Volt - Volt-, 
volt-, , 

%Avo1 = 

The percentage change in employment costs (w) are calculated using-the variables' MC-ECIWSPNS and MC-mI,' 
set within the Macroeconomic Model of the NEMS, as &timates to employments costs: 

MC-ECIWSPNS MC-ECIWSPNS;-, - 
* MC-CPI MC-CPIt-, 

%Aw = MC-ECIWSPNS,; 

The percentage change in cost of capital (k) is similarly obtained using e average cost of caHtal (repre&ted as 
a three year rolling average). The cost of capital is estimated using a weighted average of the yield on AA-bonds 
(=year rolling average) and the yield on 10-year g o v k e n t  ban$ The corresponding equations are: 

J, 

where, 

AVG-COSTCAP, - A v G c o s T ~ ~ ~ ~ , : ,  
%Ak = AVG-COSTCAP,-, 

490nly noncme customers are assumed to bypass the local distribution companies. , . .  
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COSTC-S, + COSTCAP,-, + COSTCAP,, 
3 

AVG-C0STCAPt = 

COSTCAP, = WT-DEBT * AVG-RMPUMS, + 
(1 -WTREBT) * NG,REALRMGBLUS 

[ MCiRMPUwSy- - (lw>*(MCJGDP,/MC-XDPt-l) -1) 3 
20 . . 

AVG-WUAANS, = ye-19 

, F i y ,  the total cast for distributor seMce to core customers for the forecast year, by region, is: 

TCFr = TCF,-, * (1 + g) * Te~hEff 

The TechEff tern is present to capture the impact of advances in technical efficiencjes. 

Estimate Core Distributor Tariffs and Corresponding Revenue Requirements . ’ 

, 

(53) 

(W . .  

(55) 

, 

(56) 

Regional core distrib,utor tariffs are estimated for ea& end-use sector as a function of corresponding h n  tariffs in 
$e previous year and the annual percentage h g e  in m e  consumption or volumes. 

(57) . 

where (Appendix E, ‘ICF-COEFF) are the various parameter estimates for-the end-use sectof tenns ftom Mary 
Lashley Barmlla’s study (also used in equation 49). Note that the MIN-DELTA term was added to the distributor 
tariff and then subtracted from the estimated tariff in order to counter the impact of applying a percentage change 
to any negative tariffs. 

’ I 

The %AVolFr3 tenn representi percentage change in volume, calculated as follows: 

, 

% (59) 

These distributor tariffs are then used to obtain an estimate of regional core revenue requirements: 
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Determine Final Core Distributor Tariffs 

Frnal coresdistributor tadffs for each region are determined by adding an adjustment factor to the estimated' 
. distributortariff to account for the difference between the forecasted and estimated core revenue requirements. This 

gjustment factor (~JDTAR) is set by apportionbg @is difference in revenue requirements to the represented sectors 
based on an estimate of each sector3 relative contribution to @e total revenue requirement, as follows: 

Determine Base Year Total Core Market Distribution Costs 

Total core market distribution costs need to be established in the base year to provide a lagged vdue for tutal costs 
in equation 56. This can be calculated using a form of equation 47 above: 

TC', = RR', + ICC, (66) 

For the base year, the model reads historical firm and intemptible citygate prices by region and core and noncore 
end-use prices by sector and region. From these data core and noncore distributor tariffs are derived for each sector 
in each region. Given user specified assumptions for Bypass, minDTARt and p, equation 48,above can be used 
to derive ICC, Then, assuming that regional revenue requirements are equal to firm revenues, finn revenue 
requirements (RR',) can be estimated as the product of firm distributor'tariffs and volumes. Thus, base year total 
costs are derived. 

Transportation Sector 
Consumers of compressed natural gas (CNG) have been classified into two end-use categories within the core 
transpixtation sectox fleet vehicles and personal vehicles. Two different pricmg methodologies are defined for 
detemhing distributor tariffs to these two end-use. categories, with the sector average (NONU-DTAR-Fid~dm) I 
being detexmined as a quantity weighted average of both end-use categories. Distributor tariffs associated with fleet 
vehicles are a function of the historical distributor tariffs, a decline rate, and state and federal taxes, as shown: ' 

where, 
DTAR-TFSV-F . 

HNONU-DTAR-F 

TFW-DECL 
YR-DEU 

/ STAX 
FrAX 

i 
. j  
h 

distributor tariff for the fleet vehicle transporktion sector; before adjusting for 
pipeline fuel use (dollars per Mcf) 
historical distributor tariff for the transportation sector (assumed to be primarily for 
fleet vehicles), beforesljusting for pipeline fuel use (dollars per Mcf) 
fleet vehicle distribut6r decline rate [Appendix E, (fraction)] 
difference between. the current year and the last historical year over which the 
decline rate is applied 
CNG state taxes (dollars per Md) 
CNG federal tax (dollars per Mcf) 
end-use sector index 
region mdex 
index for last year historical data are available. 
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, 

The.methodology used to determine &tributor tariffs for , m G  consumed by personal vehicles is &led the full cost 
price method. Under this method, the distributor tariff is derived as a function of the full cost of delivering CNG 
to these alternate fuel vehicles. Thus, the distributor tariff is set equal to the sum of the core industrial distributor 
tariff, the cost of dispensing CNG at a high volume service station, State motor vehicle fuel tax applied to CNG, and 
Federal motor vehicle fuel tax applied to CNG, as shown m the following equation: 

DTARJ'"V-Fj = NONU-DTAR-Fi,, + RFSAIL-COST + STm,  + FZAX 

where, 
DTAR-TRPV-F = distributor tariff for the personal vehicle t r a n s p o m t i o n . ~ ,  before adjusting for , 

pipeline fuel use (dollars per Mcf) 
distributor tarif€ for the core industrial sector, i=3 (dollars per'Mcf) 
cost of dispensing CNG [Appendix E, (do- per M a l .  
State motor vehicle fuel tax applied to CNG [Appendix E, (dollars per M a ]  
Federal motor vehicle fuel.tax applied.ti, CNG [Appendix E, (dolIars per Mcfll 
end-use seuur index (i=3 for the industrial sector) 
region index. \ 

I 

-NONUDTAR-F = 
RETAIL-COST = 

STAX, = 
FrAX = 

i =  
j '= 

. I  

Noncore Distributor Tariffs 
\ 

Industrial Sector 
Rehonal distributor tariffs for nonwre industrial customers are established by applying a decline rate to @e regional 
historical distributor tariffs that correspond to the last year historical data are available. Note that a Smau delta has 
been added to the historical tariff kud then subtracted from the declined tariff m order to reverse the impact of a 
decline rate on the negative historid tariffs (if any). The corresponding equation is: 

NONU-DTAR-IiIsj = [( 1 - NONU-DTA€U-DECLJWm * 
(HNONU-DTAR-Ii,j, + CGDELTA-N?] - CGDELTA-Nj 
. .  

where, 
NONURT AR-I distributor tariff for the nonwre industrial sector (i=3), before adjusting for pipeline 

fuel use ( d o h  per Mcf) 
historical distributor tariff for the noncore indktrial sector, i=3 (dollars per Mcf) 
decline late [Appendix E, (fraction)] 
difference between the current year and the last historical year over which the 
decline rate is applied 
delta to reverse the impact of .a decline rate on any negative historical tariffs 
[ A p d i x  E, (dollars per M a ]  
end-use sector index (i=3 for industrial sector) 
region, mdex 
index for last year historical data are available. 

' 

I 

HNONU-DTAR-I 
NONU-DTA€U-DE(X 

YRDECL4 

CGDELTA-N , 

i 

h 
j 

i 
Electric Generator Sector 

* 

The methodology used to define distributor tariffs for both the competitive-withdistillate and the competitive-with- 
rehdual fuel categories of the noncore electric generator sector is similar to ti& used for the nonam industrial 
V r ,  A decline rate is applied to the regional historical tariffs that correspond to the last year historical data are 
available. Again, a small delta has been added to the historical tariff and then subtracted fiom the declined tariff 
in order to reverse the impact of a decline rate on any negative historical tari€f, as follows: 
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. Competitive-&-residual fuel 

Competitive-withdistiIlate 

I3UTIL-DTAR-D 

UTILID-DECL 
YRDECL 

CGDELTA-U 

j 
n 
h 

distributor tariff for the noncore competitivewith-residual fuel electric sector, before 
adjusting for pipeline fuel use (dollars per Mcf) . 
historical distributor tariff for the noncore competitive-with-residual fuel electric 
sector (dollars per Mcf) 
decline rate for competitive-with-residual fuel distributor tariff [Appendix E, 
(fraction)] 
distributor tariff for tbe noncore cornpetitivewith-distilhte electric sector, before 
adjusting for pipeline fuel use (dollars per Mcf) 
historical distributor tariff for the noncore competitive-withistillate electric sector 
(a- Per Mcf) 
decline rate for competitive-withdistillate distributor tariff [Appendix E, (fraction)] 
difference between the current year and the last historical year over which the 
decline rate is applied 
delta to reverse the impact of a decline rate on a negative historical tariff [Appendix 
E, (dollars per Mcf)I 
region index 
EIectricity Market Model region index 
index for last year historical data are available. 

' 

Regional Citygate Benchmark Factors 
Regional citygate benchmark factors are established for each year that historic@ and Short-Term Energy Outlook 
(STEO) data are available, and are used to calibrate the model to historical and STEO values. In historical years, 
citygate benchmark factors repsent the differences between historid citygate prim and etygate prices derived. 
by the NGTDM for the historical years. Given the mathematical relationships in the model, the differences between 
the historical and model core citygate prices are equal to the differences between the historical and model residential' 
(dehed as core) prices. Therefore, the firm citygate benchmark factorsare calculated as follows: 

CGBENCHFj,I = ( H P G ~ G I $ l  - NONU-PR-Fi=,,J * NEFF_PIPE,=,3 * AEFF-PIPE~, I ' . (72) 
.. where, 

CGBWCHF = citygate'bmchmakfactor (dollars per Mcf) 
HPGF'RSGR = 

NONU-PR-F = 

--PIPE, = 

--PIPE = 

historical natural gas end-use price for the residential sector [Appendix E, (dollars 
per Mcfll 
model solution for $e n a W  gas end-use price for theresidential sector, il 
(dollarsperMcf) 
effi&ency factor to account for fuel used to transport natllral gas fiom'the regional 

efficiency' factor to account 'for fuel used for inmegional transport of natural gas 
. [Appendix El 

' hub to end-use custome? [Appendix El 
c/ 

.. t = modelyearhdex 
i = end-use Sector index (i=l for residential sector) 
j = regionmdex. 
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An eqdvaent method for calculating the intehqkible benchmark factor was used. The differences in the historical 
and model nomore industrial end-use prices kqual the differences in historical and model citygate prices. Therefore, 
the interruptible benchmark factors are calculated as follows: 

CGBENCHIj, =’ (HF’GIINGF$, - NONIJ,PR-Ii+J * NEFF_PIPEi~i * AEFF-PIPEj4 (73) 

wherb 
CGBENCHI = 
HPGIINGR = *  

NOMILPR-I = 

NEFF-PIPE = 

AEEF-PIPE = 

t =  
i .= 
j =  

citygate benchmadc factor (dollars per Md) 
historical natural gas end-use price for the noncore industrial sectbr [Appendix E, 
(dollars per M a l  
model solution for the natural gas end-use price for the noncore industrial sector, 2 3  
(dollars per Md) 
efficiency factor to account for fuel use to transport natural gas from the regional 
hub to end-use customers [Appendix E] 
efficiency factor to account for fuel use for the mtraregional tradsport of natural gas 
CApPendix E1 
model year ipdex * 

end-use sector index (i=3 for industrial sector) 
region index. 

~ 

. .  

For the first iteration of the first model forecast year (1990) of the simulation, the benchmark factors are set to zero 
within the DTM. For subsequent iterations and years of the historical period (1990 through 1994), the NGTDM 
computes benchmark factors as desgibed above. In the STEO years (1995 and 1996) a similar process was applied. 
However, since the STEO only provides national level forecasts for the residential and electric generation sectors, 
regional STEO end-use prices were derived by scaling the regional model results accordingly. In addition, the scaled 
noncore electric generation end-use prices were used instead of noncore industriaI priice. 

. 

‘ , When the model converges each historical and STEO year, the firm and interruptible benchmark factors from the 
last iteration are assigned to the arrays HCGBENCHF and HCGBENCHI, respectively. After the historiCaVSTE0 
period is completed, these firm and interruptible factors are averaged over these years to generate avemge regional 
citygate benchmark ZactOrs for the respective networks. These factors are held constant for each region during the 
remaining forecast years. 

. 

.=- 

” . 

* 
. .  
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7. Capacity Expansion Module Solution Methodology 

The Capacity Expansion Module (CEM) is a component of the Natural Gas Transmission and Distribution Model 
(NGTDM). Its function is to determine future interstate pipeline and storage capacity expansion requirements, firm . 
and total pipeline utili;mtion estimates, and net storage withdrawal levels to meet core and noncore demand. This 
information is subsequently used by the Annual Row Module and/or the Pipeline Tariff Module. A flow diagram 
illustrating the general structure of the CEM is provided in Figure 7-1. These results are determined based on an 
equilibrium between expected changes in gas consumption levels and supply availability corresponding to a CEM 
forecast year (represented as the Annual Flow Module model year "t", plus "n" look-ahead years):' L i e  the 
Annual, Flow Module, it is structured as a transportation network servicing both core and noncore customers; 
however, it bases its capacity and storage utilizatiodexpansion decisions on seasonal fnm service !oads, thus 
accounting for peak period and off-peak period consumption requiremepts. This two-period network structure allows 
for a more accurate representation of the capacity build decisions and storage requirements, as well as a mechanism 
for setting maximum utilization levels for the Annual Flow Module. 

Formulated as a linear program, the CEM determines the capacity expansion and flow decisions which conespond 
to the least cost solution for achieving an equilibrium between expected supply and demand levels for natural gas. 
It is kigned to determine pipeline and storage expansion and utilization levels that correspond tb satisfying core 
and noncore demands represented in both the peak and off-peak periods. Price curves for storage and pipeline 
expansion are employed to represent the costs associated with expansion options. The decision to expand capacity 
in the model is based on the criterion that peak period firh service requirements for design weather conditionss' 
must be met. Thus, when current capacity levels are fully utilized, the model simultaneously determines the relative 
difference in price to the consumer among the following activities: (I) adding more pipeline capacity, (2) adding 
more storage capacity to enable the &fer of gas to a core customer m the peak period, (3) adding no more pipeline 
or storage capacity but taking an altemate route, andor (4) temporary intermptions of supplies to some nonwre 
customers. Given that the price to the consumer is a combixiation of the wellhead pricq the transportation charge, 
and the storage fee, the a v a i t y  of supply and its relative regional price are included in this determimion. The 
location and amount of pipeline and/or storage capacity expansion determined by the CEM serve to satisfy the 
Nation's expected firm service requirements for the lowest price to the consumer. 

For this mode1.m operate properly, a number of parameters are derived. Some are derived from data passed from 
other NEMS models, such as supply w e  coefficients and expected core and noncore consumption levels. Others 
are based on the results from other NGTDM modules, such as the price (or tariff).curves for interregional pipeline 
and storage capacity expansion provided by the Pipeline Tariff Module. Fay, some of the parametexs for the 
CEM are based on exogenously determined relationships and are assigned directly w i h  the module. 

The following sections present the CEM in more detail. The methodologies used to represent supp~y, demand, 
pipeline capacity price curves, and storage capacity price curves used in the CEM are.presented first. Then, a 
general description of the CEM linear program is presented, followed by a mathematical specification. Finally7 the 
methodologies used to calculate the maximm pipeline utilizations and the net storage flows used by the Annual 
Row Module are provided. The variables for which the CEM solves are: (1) the flows along each arc (including 
flows associated with storage), (2) the incremental pipeline capacity expansion required for each arc, and (3) the 
storage capacity expansion required for each region. , -  

I 

i + 

.. 

%e look-ahead year n is an input parameter that represents the minimum planning horizon for constructing new pipeline and 
storage capacity in the CFM., 

"Design weather is defined as the pattan of temperatures which results in degree days which are a certain percent colder than 
normal. Firm service customers @rimarily local distribution companies) use demand estimates under design weather conditions 
for assessing their future need for firm pipeline transportation service. 
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Figure 7-1. 
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Supply Representation 

As with the Annual Row Module, natural gas supply sources have been classifed into the following basic categories: 
nonassociated and associated-dissolved~onshore and offshore dry gas production, Canadian and Mexican imports, 
liquefied naturaI gas imports, Alaskan gas transported via the Alaskan Natural Gas Transportation System, synthetic 
natllral gas, and other supplemental supplies. Of these categories, all except nonasswiated onshore and offshork, 
and synthetic natmd gas production are co*nsidered to be constant (or fixed) supplies within the CEM each year. 
The approach used to represent v ~ I e s 2  supply sources is similar to that used m the Annual Flow Module. When 
a supply source is designated as tiXed, the annual production is split into peak and off-peak levels based on assumed 
shares (Appendix E, SUI?-PKSHR). When a .supply source is designated as variable, the portion of the annual 
production which can be used in either period is capped at assumed percentages of the annual production (Appendix 
E - SU’P-PUlTLZ, SUP-OUTILZ). 

De. Gas Production 

BOUI onshore and offshore dry gas prduction levels are a function of regional beginning-of-year natural gas reserve 
levels and expected production4o-remves ratios, with functional farms identical to those used in the Annual Flow 
Module. The parameters’defining lhese supply curves (provided by the Oil and Gas Supply Model) correspond to 
production levels for the year following the Annual Flow Module forecast year-(current model year plus 1) and, 
therefore, serve as an approximation for supplies available to the CEM in the QEM forecast year (defined as current 
model year plus n). As in the Annual Flow Module, maximum and minimum supply levels are represented for each 
regipn. The minimum supply is defined as a specified percentage (Appendix E, P ~ ~ h 4 I N P R )  below the product 
of the reserves and the prbduction-to-reserves ratio. Likewise, the maximum supply is determined to be a specilied 
percentage (Appendix E, PARM-MAXPR) above the product of the reserves and the production-Wreserves ratio. 

Natural Gas Pipeline Imports 

Imports from Mexico and Canada for each CEM forecast yearare represented for each border crossing node as fixed 
supply sources. Mexican imports are made available to the iirm network only. These imports are provided directly 
by the Oil and Gas Supply Model as annual supplies. The ,cEM then uses exogenously dehned vblues (Appendix 
E, SUP-PKSHR) to split these annual numbers mto seasonal supply levels (peak and off-peak splits). Canadian 
pewoff-peak and fjrm/intermptible imports are determined from Canadian pipeliue capacities and utjli7ntions (annual 
and seasonal). Canadian pipeline capacities are exogenously defined by pipeline (Appendix E, CANCAP), and then 
aggregated to the six border crossing arcs within the NGTDM netw&k. Seasonal utilizations (Appendix E - 
CAN-UTIL,Z) are exogenously defmed for the NGTDM and kept constant Until a userdefined year (Appendix E, 
CAN-UTIL-SYRl), after which the peak and off-peak utilizations are increased based on a growth rate (Appene 
E, CAN-UTIL-GRWl) and their approach to an exogenously defined maximum utilization Appendix E, 
C A N ~ U T L - ~ .  In a subsequent year (CAN-.Ul&-SYR2) the growth rate is changed to CAN-UTIL-GRW2. 
The peak firm utilization is set as a bction (Appendix E, CAN-UTIL-PF-P) of the peak utili;lntion. Annual 
utilizations are approximated usmg the AFM output vdues from the most &t forecast year. The Canadian 
produced natural gas which passes through the united States on its way to Cana@an markets (as described in Chapter 
3) is split into peak and off-peak levels based on assumed shares (Appendix E, CANFLO-PFSHR). 

.=- 

Liquefied Natural Gas Imports and theAlaskan Natural Gas Transporfation System 

The levels of liquefied natural gas imp&& into the four designated entry points, and the level of gas entering the 
&red States via the Alaskan Natural Gas Transportation System, are provided to the CEM, as well as the Anne 

I 

%e production levels for variable supply so& are endogenously determined within @e CEM as a function of the natural gasprice. . . .  
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Flow Module, by the Oil and Gas Supply Model. For both of these sources, the level of supply assumed the CEM 
for a future forecast year, is the level of supply the Annual Flow Module will actually see in that forecast year, (i.e., 
the CEM opemtes under perfect foresight with regard to these two supply categories). 

For the Annual Energy Ourlook 1996, the liquefied natural gas imports are provided by the Oil and Gas Supply 
Model. To accomplish this, the solution price from the AnnualFlow Module at the nearest associated market node 
is p6vided to the Oil and Gas Supply Model at the end of each forecast year. This price is used as a basis for 
deciding whether or not the capacity at the associated gasification plant wil l  be expanded The Oil and Gas Supply 
Model assumes that any added capacity will not be available for use until at least "n" years (as defined m the CEM) 
after the decision is made to expand. The decision to build is not r e v a  even if the price m intervening years - 
falls below the originally required threshold price. The utjli.crtion rates for the gasification plant capacities ar? set 
exogenously. Because of the lead time for these builds, the Oil and Gas Suppli Model is able to provide the CEM 
with the import levels for liquefied natural gas for "n" years beyond the current forecast year. 

Within the Oil and Gas Supply Model, the initial build (for those segments not already m existence) and the potential 
expansion decisions for the Alaskan Natural Gas Transportation System (ANGTS) is st~cturaUy identical to the 
method used for endogenously forecasting the expansion of liquefied MU gas gasification facilities. Therefore, 
the representation of the ANGTS in the CEM kewise is similar to the approach taken for representing liquefied 
MU gas imports in the CEM. Natural gas supplid through the ANGTS is provided by the Oil and Gas Supply 
Model based on the border price at the U.S./Canadian border adjoining &e Pacific Census Division. The Oil and 
Gas Supply Model assumes that the final pipehe connection (and any subsequent'expansions) of the ANGTS will 
be completed at least "n" years after the referenced border price is high enough to recover costs for the completion 
of the project. 

Associafed-Dissolved Gas, Synfhefic Nafura/ Gas, and Ofher Supply Sources 

Within the CEM (as in the & associateddissolved gas, synthetic natural gas from coal, and other supplemental 
.supplies are fixed quantities. Associated-dissolved gas production and synthetic production'of natural gas from coal 
are provided by the Oil and Gas Supply Model and the Coal Market Model, respectivgly. The levels of natural gas 
used in the CEM for these two.categories are from the most recent forecast year solved by the h u a l  Flow Module. 
Since both of these supply categoies correspond to curzent year levels, they serve as an approximation for synthetic 
nalural gas from coal and associated-dissolved gas available to the CEM in the CEM forecast year (defined as 
Annual Row Module forecast year plus n). Synthetic natural gas produced from liquid hydrocartjons is treated as 
a variable supply type within the CEM and is calculated as a function of the market price for natural gas, with the 
same functional form and constraints used in the h u a l  Flow Module. F W y ,  since other supplemental supplies 
are assumed to remain consmi throughout the forecast in the Annual Flow Module, they also are assumed constant 
in the CEM (Appendix E - OSTJP-T6T, OSW-RSHR). 

. 

Demand Representation 
Demands within the CEM include end-use consumption, export demands, and pipeline fuel consumptim. 'As with * 

the Annual Flow Module, end-use and export demands for forecast years beyond the cyrent model year are defined 
by.other models within NEMS, while pipeline fuel is accounted for through exogenously de'fined pipeline efficiencies 
(Appendix E, AEZF-PIPE). End-use consumption levels are provided on an ani~ual basis by region (Census or 
NGTD- and type of customer {core versus-~ncoreS3), and are represented as consumption levels m the 
CEM, unlike the demand curves used in the AFM. Shikuly, naturaI gas export forecasts are provided on y annual 
basis for each border crossing node and are defined to be jka however, Canadian exports are assumed to service 
nonmre customers only while Mexican expbrts service only core customers.' . 
/ 

%For the electric generator sector, the noncom customer class is further subdivided into "competitive with distillate" and 
"competitive with residual fuel oil," as desmid in Chapter 3. 
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,Since the CEM is a seasonal model, each of the annual levels must be separated into peak and off-peak consumption. 
The'- contains exogenously specified percentages for disaggregating these &ua~ consumption levels into peak 
and pff-peak .periods. These shares (Appendix 'E - NON-POSHFLF, NON,POSHR-I, UTlL-FOSHR-F, 
UTL-FOSHR-I, UTIL-FOSHR-C for consumption; FXP-PSHR for exports) have been estimated using historical 
monthly consumption data reported by sector and region, combined with annual estimates of demands for hnn and 
'intemptible &vice. Historically observed heating degree days have been included in the residential and comm&cial 
sectoi estimates so that the resulting shares reflect nopal weather patterns (average montbly heating degree days). 
A future model enhanyent may be b eitablish these -off-peak shares endogenously; For example, seasonal 
shifts the demand for electricity (as represented within the Electricity Market Model) could be used as a basb for 
endogenously d e m m h g  shifts in seasonal demands for natural gas by the electric generator sector. Likewise, 
seasonal shares for the other sectors could be specified at a more disaggregate level, such as by type of end-use (e.g., 
space healing). 

The forecast years hd'regions representing end-use sector conknption in the CEM differ from bne sector to 
another. For the industrial, transportation, and electric generators sectok, forecast consumption levels coxrespond 
to "n" years beyond the current model year, while residential and commercial consumption levels correspond to 
"n+h" years beyond the current modi1 year. The "n" represents the number of years required to construct a pipehe 
and the "h",conesponds to.the planning horizon used by, a local. distribution company when assessing capacity 
requirements.s As for regional repmentation, electric generators consumption forecasts &e defined by 
NGTDMEMM regions (Cgpter 3), while consumption forecasts for the Otber end-use sectoh are qkcilied by 
Census Divisions. As in the 'Annual Flow Module, estimates of Alaskan natural gas consumption are generated m 
the CEM in order to derive separate consumptioq levels for the Pa&c Contiguous Division. Similarly, consumption 
levels Within three of the Census Divisions are linther subdivided to fonn separate NGTDM regions using the Same 
fixed historically derived shares as are used in the Annual Flow Mdule. These splits include: Florida split from 
the rest of the South Atlantic Division, California split fromxhe rest of the Pacific Contigyous Division, and Arizona 

. 

. 
' 

and New Mexico split from the rest of. the MoWtain Division. . .  
Consumption forecasts are provided by a nhber of e e r e n t  sources. The NEMS system provides cpnsbption 
forecasts for the core industrial sector add all the noncore end-use sectors with the exception of the electricity 
generating sector. Consumption forecasts for the core and noncore eleckicily generating sector are a function of the . 
estimates provided by the Electricity Market ModeL The consumption forecasts for the core residential, commercial, 
and transportation customer classes, however, are estimated within the NGTDM and are based on amaxhum growth 
rate applied to. the cment year'consumption levels (up to a maximum level). More qkzifically, the forecasted 
consumption level e q d s  the current year consumption level times a growth rate. If this value exceeds a maximum 
level defined by. the NEMS system, then the forecast level is set equal to the maximum leveL If, however, the 
current year level exceeds the maximum level, then zefo is asshed and the forecast level is set equal to 
the w e n t  year level. -. 

. .  , '  

Pipeline Capacity Price Curve 
Initial pipeline capacity price curves are developed by the Pipeline Tariff Module at the beginning of the forecast. 
These curves are based on estimates of capital costs of expansion and parameters (such as interest rates) h m  the 
NEMS mkrmnomic  model. (See Chapter 8 for a complete description of how these tariffs are calculated) Each 
cost c m e  repzsents the per unit reservation charge on a particular interregional arc based on the annual physical 
capacity (design day capacity" times 365). The base quantity (initial step) represents the existing pipeline capacity 
for the base year (Appendix E, F"J!WQ. The cslrresponding price is the base year reservation charge (i.e., the 
demand charge) expressed on a @ unit basis. Subsequent steps represent .incremental expansion and the 
coxresponding incremental miff. It is assumed that the price curve is nondmeasing to prevent the model from 
deciding to build just to lower costs. To keep the curve increasing when additional capacity is expected'to result 

* 

#. e .  

?I'hek variables were defhed'as follows in the Annual Energy Ourlook 1996: n=2, ha . '  
?It is assumed that consumption levels will not decline. 
%A pipeline's design day capacity (or qztificated capacity) represents a level of service that can be maintained over an. 

extended period of time and may not rep.esent the maximu throughput capabiityBof the system on any given day.. 
. .  
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* in declining prices (such as when incremental capacity expansion is the result of added compression), the step on 
the curve associated with this additional capacity i s  held at the price associated with the previous step, i.e., the step 
representing the level of capacity without the addition. A generic pipeline capacity price curve is presented in Figure 
7-2. - The QCAP re~esents the capacity along ah arc, and the PCAP represents the corresponding unit cost. The 
UCAP is the maximum &pacity that can be used on each step (the length of the step), and the ycap represents how 
much capacity was needed for a given solution. 

In forecast year4 the CEM determines the capacity expansion for year t+n (the CEM forecast year). Therefore, each 
year the CEM must adjust the price curves based on capacity exppsion which was deterfnined in the previous CEM 
forecast year, and set to come on-line in year.t+n-1. Spe&caUy, the quantity associated with the base step on the 

. curve will be adjusted to equal the capacity which will exist on the arc at the end of year t+n-1. Note that 
adjustments to the curve have already been made in previous CEM forecasts.to reflect 'expansion in aby of the 
intervening years 'to year t+n-1. The associated base level tariff is determined as a quantity weighted avergge of the 
tariffs corresponding to the k e n t  year (t) capacity and the capacity additions d d e  during years t+l, t+ Z,... t+n-1. 
The original tariff levels defined for the remaining steps @e., the capacity addition steps) are then adjusted upward 
by a specific price delta (Appendix E, DEL.PR-CAP) to ensure that existing pipeline capacity is sufficiently utilized 
(on a national level) before a decision to add new capacity is made. 

- 

* 

. 

Storage Capacity Price Curve 
. ,  

Initial working gas storage capacity price curves &e determined-by the Pipeline Tariff Module at the b e g a g  of 
the forecast These curves are based on estimates of capital costs of expansion, costs of holding base gas m storage, 
and parameters (such as interest rates) from the NEMS macroeconomic modeL (See Chapter 8 for a complete 
description of how these tariffs are calculated.) Each cost curve represents the storage charge per unit (PSTR) as 
a function of the annua.~ working gas capacity for a particular region. "his storage charge is exclusive of any 
transporMtion costs to move .gas.to or from storage areas. The base-quantity (initial step) represents the'existing .. 
working gas storage capacity (Appendix E, W O W .  The corresponding price is the initial storage charge per unit. 
Subsequent steps represent incremental expansion and the corresponding incremental charge. The fmal step. on the 
curve represents an upper limit on w o r a g  gas storage Capacity expansion due to known 'physical limits in a region 
(Appendix E, NODFAC) or other nonprice dependent factors. A generic working gas storage capacity.price curve 
is presented in Figure 7-3. The QSTR represents the storage'capacity at a node, and the PSTR represents the 
corresponding unit storage cost. The USTR is the maximum storage capacity that can be used on each step (the 
length of.the step), and the ystr .represents how much storage was needed for a given solution. 

Eachyear the CEM must adjust these working gas storage jPrice curves based on the current capacity levels, similar" 
to the adjustment made to the pipeline.capacity price curves. Specifidy, the quantity associated with the-base step 
on .the curve is adjusted to equal the working gas sGrage capacity which exists in the region at the end of year t+n-1, 
where t is the current model year and n is the numw of years beyond the ciarent model year for which the.- 
is d e t e h g  expansion. Since in model year t the capacity expansion for year t+n is being determined, the base 

' step includes working gas Capacity for: cent year t as weli as the capacity expansions defined in years 
t+l,t+Z, .. .,t+n-1. The associated b e  leyel tariff is determined as a quantity-weighted average of the tariff associated 
with the existing capacity and the tariffs for each of the previously determined expansions for years t+l, t+Z ..., t+n- 
1, as well as the original base storage capacity ig model year t. As with the pipeline capacity price cinves, the 
original tariff levels defined for the remaining steps are then adjusted upward by a specific price delta (Appendix . 
E, DELPR-STR). TMS measure ensures that existing storage capacity is sufficiently utilized (on a national level) 
before new storage capacity gets added. 

. * 

. 

. ,  .=- 
I 

Linear Program Formulation . .  

A linear programming (LP) framework is used in.the CEM as the basis for determining expansion requirements for 
pipeline and storage facilities. -As described in Chapter 4, the CEM structure is'based.on a natural gas transmission 
and distribution system composed of four parallel networks interconnected at the supply points and the storage points. 
These networks 'serve to represent the seasonal nature (peak and off-peak) and types of service (firm.qd 
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, 
* interruptible) associated with the natural gas market. Thus, peak firm, peak interruptible, off-peak firm, and off-peak 

interruptible service are modeled by the four networks. The CEM LP is solved in two phes :  The first phase 
establishes pipeline and storage capacity expansion requirements, and the second establishes iMl firm, intexnxptible, 
peak and off-peak flows. This section describes the CEM LP formulation, the process used to determine the pipeline 
and storage capacity expansion requirements, and the methodology used to define annual pipeline utilizations and 
net storage results. 

General Description of the Linear Program Formulation 

The objective of the linear program designed for the CEM is to minimize the cost of supplying and transporting 
natural gas to the end-user, subject to operational and supply consttaints, with the requirement to satisfy all demand 
for fixm service under design weather conditions. This section gives a general description and justification of the 
linear programming formulation (objective function and constraints), and a subsequent section includes the explicit 
mathematical equations representing the formulation. 

The objective Nnction has been formulated to minimize costs. These costs include’ the’costs of supplies, 
transportation along the established network, and costs of additional pipeline and storage capacity. The objective 
function can be represented as follows: 

a 

lnhimim {transportation costs + supply’costs + pipeline expansion costs + storage expansion cbsts 
+.backstop supply costs} 

A mass balance constraint is included’for each, kamshipment node. This constraintensures that the total input to 
the node equals the total output from the node. In general, gas flowing Into a tmshipment node cgmes from other 
transshipment nodes, supply points, and (in some cases) storage, while gas flo..wing from a transshipment node goes 
i0 demand points, other transshipment nodes, and (in some cases) storage. Flows into and.out.of storage have been 
&fined to be network dependent because gas generally is injected into storage in the off-peak period and used to, 
satisfy core customer demand during the’peak period. (peak nonmre customers also may draw from storage if it 

. is not needed for core customers.) Therefore, in the linear program formulation, gas flows into a regional storage 
point from haisshipment nodes (in the same region) on the off-peak firm a d o r  intermptible service networks, and I 

. flows out of the same.stOrage point to transshipment n e  ( a g 6  in the same region) on the peak hnn.andlor 
interruptible &ce networks. As in the AFM, the mass balance equations in the CEM include discrepancies or 
balancing items that axe historically seen between production and consumption data collection efforts. The national 

is split between the tour networks anii 12 regions 
based on the CEM consumption splits; A general rransshipment node mass’balance constraint is listed below for 
each of the four parallel networks. 

For each peak period firm serviq network transhipment node: 

. I  

. L  

’ 

‘ 

.. 
I level exogenous forecast for discrepancy, used in the 

(flow into the transshipment node fiom other peak period firm service network tmshipment nodes) + (irow 
into the transshipment node from supply points in the regibn) + (flow into the trans’sbipment node from 
storage in the region) + @eak firm discrepancies) - (losses) = (flow out, of the transshipment node to peak 
period core &manil points in the region) + (flow out of the tranSShipment node to other peak period firm 
service network transshipment nodes) 

For each peak period intermptible service network transshipment node: 

(flow into the transshipment node tiom other&& period int&uptible service network ttaDSShipment nodes) 
+ (flow into the transshipment node fiom supply points in the region) + (flow into the tmshipment node 
from storage in the region) + (peak interruptible discrepancies) - (losses) = (flow out of the transshipment 
node to peak period nonmre demand points m the region) + (flow out of the transshipment node to other 
peak period intermptible service network transshipment n@es) 

*,+ 

I 

. *  
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For each off-peak period firm 'service network transshipment node: 

(flow into the ttansshipment node from other off-peak period firm service network transshipment nodes) 
+ (flow into .the transshipment node from supply points in the region) + (off-peak firm discrepancies) - 
oosses) = (flow out of the transshipment node to storage in the region) + (flow out .of the transshipment 
node to off-peak period core demand points in the region) + (flow .out of the transshipment node to oiher 
off-peak period fhm service network transshipment nodes) 

. 

* 

For each off-peak period intemptible seMce network transshipment node: 

(flow into the transshipment node from other off-peak period interruptible service network transshipment 
nodes) + (flow mto the transshipment node from supply points in the region) + (off-peak interruptible 
discrepancies) - (losses) = (flow out of the transshipment node to storage in the region) + (flow out of the 
tramhipent node to off-peak period noncore de&d points in the region) + (flow out of the 
mushipment node to other off-peak period interruptible service network transshipment nodes) 

A & balance constraint also is included for each storage point This constraint ensures that in a forecast year the 
total gas input into storage equals the total gas output from storage, net of losses (Appendix E, EFF-STR). As 
mentioned above, gas flows to starage from the off-peak period firm andlor interruptible service networks, and gas 
flows out of storage to the peak period hrm and/or interruptible seivice networks. The flow comes from and goes 
to the transshipment node corresponding to the same region as the storage point Unlike forecast years, in historical 
years total net storage withdrawals are not zero. Therefore actual net storage withdrawal levels are acdounted for 
in these mass balance equations when historical years are being represented. A mass balance constraint for s-ge 
m a forecast year is presented below. 

. 

For each storage point 

(flow of gas into a stoiage point from the off-peak period firm service ktwork trinsshipment node) +(flow 
of gas into a storage point from the off-peak period mterrupGb1e service network transshipment node) - 
(losses) = (flow of gas out of the storage point to &e peak period firm service network transshipment node) 
+ (flow of gas out of the storage point to the peak period interfuptible service network transshipment node) 

Each demand point also has amass baIance constraint represented. This.constraint ensures that the quantity allocated 
* to the end-use point equals the expected consumption level associated iKith thatpoint. All expected core market 

consumption (peak-and off-peak) must be satisfied; however, pipeline and storage facilities can only be built to meet 
peak core deqnands. It is assumed that the resulting capacity levels will be sufficient to accommodate flows to satisfy 
core off-peak period requirements. Since new facilities are not built for the satisfaction of noncore demand, a 
backstop supply is a modeling structure introduced to'represent the portion of the noncore demand for n a d  gas 
which cannot be satisfied by conventional supply sources and must be interrupted. A general demand node mass 
balance constraint is listed below €or each of the four parallel networks. 

For each peak period core demand,point . .  
(flow from a.p+ peri& fum service network Wshipment node in a region to a peak period core demand 
point m the region) (losses) = (quantity consumed at that peak period core dehand point) 

.~ .e- 
For each Ijeak period mncore demaud point 

(flow from a peak period inteqtible ?Ace network transshipment node in a region to a peak period 
noncore demand point m the region) .+ (backstop supply) - (lossqs) = (quantity consumed at that peak period 

A noncore ,demand point) 

For each off-peak period core demand point 
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, .  
. (flow from an off-peak period firm service network transshipment node in a region to an off-peak period 

core demand point in the region) - (losses) = (quantity consumed at that off-peak period core demand point) 

For each off-peak period noncore dedand point 
* (flow from an off-peak pericd interruptible service network transshipment node in a region to an off-peak 

period noncore demand point in the region) + (backstop supply) - (losses) = (quantity consumed at that off- 
peak period nonme demand point) 

e 

Supply utilization constrhts are included for each supply point, and are represented as peak supply constraints and 
. off-peak suppIy constraints. Since gas may flow from a supply point to a transshipment node (in'the same region) 

in any of the four parallel networks, these supply consttaints ensure that the flows (including losses) do not exceed 
the total amount supplied at that poin~ The constraints also ensure that the quantity flowing tiom the supply point 
has bkn properly split between the peak and off-peak period during any one year. The peak supply consttaint states 
that, for any supply type and any supply level, a specified portion (Appendix E, SUP-PUTILZ) of the annual supply 
flow must be used to supply peak demands. s-I~, the off-peak supply constraint states that a specified portion 
of the annual supply flow must be used to supply off-peak demands (Appendix E, SUP-OUTLZ). The latter 
constraint is defined slightly differently for onshore and offshore dry gas production: the supply quantity supplied 
to the off-peak networks must be less than or quai to a specified portion of the total annual dry gas production level. 
The constraints are as follows. 

For each supply point 

(flow from the supply point to a peak period firm service network transhipment node) + (flow from the 
supply point to a peak period interruptible service nework W p m e n t  node) = @eak share of total 
sup$y) * (total annuat quantity supplied from the suI;ply curve) 

For each onshore and offshore supply .point 

(flow from the supply point to an off-peak period fm service network transshipment node) + (flow from 
the supply point to an off-peak period interruptible service network transshipment node) I (off-peak share 
of total supply) * (total annual quantity supplied from the supply curve) 

For each supply point excluding onshore and offshore supplies:. 
, I  

(flow from the supply point to in off-peak wad firm serviie network tranSShipment n d )  + (how from 
the supply point @'an off-peak perid intexmptible seryice network transshipment node) = (off-peak share 
of total supply) * (total annual quailtity supplied from the supply curve) 

' 

' Capacity expansion and flow constraints are defined for each interregional. arc in the overall network. These 
constraints ensure that pipeline capacity is built, as necessary, to satisfy only core peak @.od demaud, and th@ the 
total flows along the interregional arcs are less than or equal to the available capacities (base= plus added capacity). 

' Within these constraintS, seasonal maximum arc'utilization rates are used to 'kpture the variation in load patterns 
and operational limitations throughout the season. Constraints have been established for firm service peak period ~ 

flows, total peak period flows, and total off-peak period flows for each interregional arc in the network. In general, 
maximum seasonal pipebe udli7ntions are set equal to the fixtion of the year represented by the season times an 
assumed maximum utilization rate for the type of service represented (Appendix E - ARC-PUTLZ, 
ARC-PFUTILZ, A R C - O W )  times a &tor repr&enting the percentage of the p'ipe reserved to account for the 

It> the firm service peak period capacity constraint that ensures that no pipeline &pacity is built beyond what is 
needed to satisfy period core market requirements. It states that total peak firm flow along an arc must equal 

. 
I 

potential of abnormal weather (Apndix E, 'WTHRFAC). I .  

. .  
. 

i * .  
. .  

"Recall from previous sections that capacity expansion levels are being determined for year t+n; thezefoE, the base capacity 
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'total capacity (base plus added capacity) times a maximum peak firm arc utilization rate. It is the equality 
requirement that does not allow new capacity to be built unless peak core demands require additional quantities to 
flow along the specific arc(s). The peak total (firm and interruptible) period capacity constraint hk been established 
as an inequality constraint.to ensure that the flows td satisfy noncofe peak period re+rements are less than or' 
equal to the remaining peak season effective capacity (Le., total capacity times the maximum peak season utilization 
rate) once the core market requirements have been met. In addition, an off-peak period capacity consqaint (also as 
an ineipality constraint) has been developed to ensure that the total off-peak season flows on the arc are less than 
or equal to the off-peak season effective capacity (i.e., total capacity times the maximum off-peak season utitiwtion 
rate). The resulting constraints are given beloy for each interregional arc. .. 

'For each peak firm service mterregiogd arc: 

(flow along the arc to satisfy core market peak period requirements) = Qevel of base capacity ;sed + level 
of pipeline capacity expansion) * (peak period interregional arc maximum urjli7ntion rate for firm service) 

For each peak f3m and interruptible seMce intemgional arc: . 

(flow along the arc to satisfy noncore peak period requhments) + (flow along the arc to satisfy core market 
peak period requirements) I (base capacity + level of pipeline capacity expansion) * (peak period 
intemgiond arc maximum utili;mtion rate). 

For each off-peak firm and interruptible service interregional arc: * 

(flow along the arc to satisfy noncore off-peak period rgquirements) + (flow along the arc to satisfy core 
mark& off-peak period requirements) S (base capacity +,level of pipeline capacity expansim) * (oE-peak 
@od mterregionaI arc maxisnum utilization rate) 

Storage expansion and flow constraints are defined for each node in the lower 48-State portion of the network. 
These constraints ensure that storage capacity4s built, as necessary, to satisfy peak period core market requirements 
and that the flows from storage are less than or equal to the total available storage capacity*(base% pIus added 
capacity). Constraints have been established for firm service peak period flows and total peak period flows from 
storage locations at each node. Storage utilization rates (Appendix E - S T R - , ,  ST'R3UlX.Z) have been used 
to define the maximum storage levels used for peak firm service and total peak storage. The peak firm service 
constraint has been established as in quality constraint to ensure that no stomge capacity is built beyond what is 
needed to satisfy peak period core market requirements. The total peak constraint has been established as an 
inequality constraint to ensure that the flows to satisfy noncore requirements are less than or equal to the effective 
storage capacity remaining after the core market requirements have been met. The resulting constraints are given 
below. 

For each stoxage point 

(flow from the storage point to the peak period firm &vice network transshipment node) = ((level of base. 
storage capacity used) + ( s to se  capacity expansion)) * @eak period maximum storage udli;mtion rate for 
3im.l service) 

For each storage $it 

(flow from the storage point to the peak pe&d intermptible service network transshipment node) + (flow 
from the storage point to satisfy core market requirements)< ((base storage capacity) + (storage capacity 
expansih)) * (peak period maximum storage utilismtion rate for total.@ service) 

58Recall frornprevious sections th& storage capacity expansion levels represent working gas capacities and are being determined 
. fpr year t+n; therefoxe, the b e  storage refers to the working gas storage capacity existing at the end of the.year t+n-1. 

- .  . .  
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Similar to the AFM, mhmum inters& pipeline flows have been defined for the CEM firm service networks (in 
the form of lower bounds on the flow variables). These minimum flows are defined to be a hct ion of the resulting 
fkm flows in the Annual Flow Module in the current model year plus an estimated utilization of the new capacity 
added between the current model year (t) and the begjming of the CEM forecast year (t+n). As m the h u a l  Flow 
Module, this fraction is exogenously specified (Appendix E -- APCT-MINF, APCTMINI) and is intended to 
represent the level of flexibility core customers exhibit in changing their selected routes for Cransporting natural gas 
from year-to-year, even if relative costs would indicate a change would be prudent (e.g., flexibility would be lessened 
due to the existence of long-tern contram). F i i y ,  maximum utiliwtion rates are used in estimating firm flows 
€tom the last AFM solution for the peak and off-peak periods while accounting for the potential impact of new 
capacity builds over the next "n" years. The resulting constraints are desmid  below. 

For each interregional arc on the peak firm service network 

'peak &I flow 2 (minimum flow &tion) * (estimated firm flow) * *(peak period of firm flow) 

For each interregional arc on the off-peak fjrxn service netwok 

off-peak tim flow 2 (minimum flow tiaction) * (estimated 
flow) / 

flak) * (off-pea~~ perioa  hare of firm 

- Additional consttaints are represented as lower and/or upper bounds on the flow variables. These include lower 
bounds set for flows along all arcs (and networks) with bidirectional flows,"' as well as upper and lower bouhds 
set on all flows into (off-peak firm and interruptible) and out of (peak firm and int&uptible) storage. The upper 
.and lower bounds on storage flows are set to a f?action60 of approximated fb and interruptible net flows into and 
out of storage in a period. These approximations are based on the last histcjrical year's -off-peak values - 
(Appendix E, PICNETSTR), adjusted for c h g e s  in the physical storage additions over the forecast period, and split 
into firm and intenuptible categories using exogenous shares (Appendix E - PKS'IFR-F, OPPSTFR-F9. Fmy, 
a number of bound constraints are needed to completely describe the step functions for the supply, capacity 
expansion, and storage expansion curves. These bounds serve to define the lengths of each of the steps on the 
curves. 

. 

. 
* 

. .  

Thus, the linear program solves for the level and location of s t o e e  and pipehe capacity expausion, well as the 
associated peak and off-peak flows. Note that the amount of capaty expansion is a continuous function. Although, 
for a given pipeme company, capakity may be added on~y through discrete projects, the arcS m the CEM represent 
aggregates of pipeline companies. Taken together these companies can add capacity in virtually any desired quantity 
through, combinations of additional compressor capacity, looping, or other'means. 

- 
. 

- Mathematical Specification of the Linear Programming 'Formulation 

This section presents the set of equations which establishes the Iinear programming fornulalion for the CEM. This 
set is comprised of an objectiye function, flow constraints, and.bounds on model variables. 

. 

.e- 

# I 

%inimum flows for bidirectional arcs in the CEM are set by multiply&g the corresponding minimum flows es@bl.ished in 
the Annual Flow Module by assumed peak shares (AppendK E - BIARCPFSHR, BLARC-PISHR). 

%e fractions used to set the mum storage flow cpns@uts for $e peak firm, peak interruptible, off-peak firm, and off- , 

peak intenuptible arcs are 0.80, 0.70,0.80, 0.75, respechvely. The fract~ons used to set the maxunum storage flow constrsunts 
are 1.2, 1.25, 1.9, and 19 for the saqe arcs. 

* 
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where, 

the subscripted indices are: 

i,j,andm = 
. d  = 

s =  
..St = 
k =  

, c =  
i j .  = 
i,d = 
s,i = 

sbi = 
i$t = 

the superscripted indices are: 

the parameters are: 
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p .= 
o =  
F =  
I =  

TAR 

EFF 
U 
UP 

UST 
QDEMO' 

ESTFLOW 

S H R  
. MIMBIFLO 

. MNSTR 

DMD 
PCTMFLO 

PSUP 
PCAP 
PSTR 

MXSTR 

Peakperiod 
off-peak period 
firm 
intenuptible 
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transhipment node 
demandtype 
supply type 
storage 
step on the curve' . ,  
numbtir of steps on the curve 
arc umnecting transshipment nodes i and j 
arc @om transshipment node i to demand .pint d 
arc from supply point s to transshipment node i 
arc from'transshipment node i to storage $mt st' 
arc from transshipment node i to storage point st. 

tariff (pipeline usage from node to node, gathering charge from supply point to node, 
or distributor k g e  from node to end-use point), (dollars per Mcf) 
efficiencies (fraction) 
maximum ,allowable utili;mtion of an arc in the season (fraction) 
maximum percentage of supply available for demand type (&tion) 
maximum percentage of, storage available to demand type (&tion) 
quantity demanded (Bcf) 
flow from h u a l  Flow Modble in year t, plus estimated utilization of capacity 
added after year.t &ugh year t+n (BCQ 
period share of total flow (fraction) 
minimum flow for b&eCtioMl arcs (Bcf) 
minimum flow allowed into or out of storage for specified network (Bcf) 
maximum flow allowed into or out of stoiage for spekfied network (Bcf) 
total demand for a demand 
percent minimum flow requiremint (€faction) 
prices on the supply steps (dollars per Mcf) 
prices on the pipeline calkcity steps ( d o i  per Mcf) 
prices on the storage capacity steps (dollars per Mcf) 

. 

(Bcf) 



e p z z  = 
-LsUP = 

’ USUP = 
UCAP = 
USTR = 

DISCR = 

price of backstop supply (dollars per.Mcf) 
lower bound on supply step (Bcf) 
size of supply step (Bcf) . 
size of pipeline capacity step (Bcf) 
size of storage capacity step (Bcf) 
discrepaicy betweeg supply and demand (Bcf) 

I thevhiablesare: 

flow &om i to j (Bcf) 
for supply point (s,i), the amount of supply step k taken (Bcf) , 
for arc i,j, the amount of pipeline capacity step k built (Bcf) 
’for arc i,j, the amount of ‘base pipeline capakty. taken (Bcf) 
for storage point (st,i), the amount of storage capacity step k built 
for storage point (st,i), d e  amount of base Capa&ty taken (Bcf) 
amount of backstop supply used for demand point (iid), (Bcf) 

a . 

. .  
Mass Balance Constraints at -Each Transshipment Node (m): 

(75) 

irm i#m 

(77) 

Mass Balance Constraints at Each Storage Point (st,i): 

, 

, q:*rnG + qzzifll‘ = QDEMO~ 
.=- 

Supply Utilization Constraints at Each Supply. Point (s,i): 
E 

c -  fl H: PI q, + x$, = cysup,*uP; 
. k=l 
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For onshore and offshore supply types only, 

For all supply types'other than onshore and offshore, 

Storage capacity constraint' for Eadh Region (st,i): 
P 

FF Ff 
c 

X, = UST, * @~t r&~ i C y ~ t r d  
k-1 

Minimum Bounds on Peak a63 W-peak Firm Flows for each Arc (i,j): 
1 

xij" 2 PcThmo; * EsTFLow; * smy 

. Other bound CoIlSttaints set minimum flows along bidirectios arcs, .as well as minim& and maximum flows into. 
and out of storage: 

xij= 2MINBIxx , for-each bidirectional flow ak (ij), and each network (xx = PF, P< 

for e a ~ h  . .  aoii (xx = PF, PI, OF, 01) into ani out of storage (st,il6' 

The following :bound .mnstra&ts also aredefined f6 .  the steps on the supply, capacity expansion, .and s k g e  
expansion curves: 

'OF, 01) 1 .  

MNs-= I%= I M X S T % , A  . 

, .  

/. LSUP, I ysup, - IUSUP,  
0 I yCap,j,. , I UCAPG, 
0 IYStr& . I U S T R ,  . for each storage point (st,i)? and k=O,1 ,2,...,n. , 

for &ch supply point (s,i),.and k=l,Z, ..., n. 
for each arc ij, and k=O,lz ..., n. 

. .  
- .  

"The variables MNSTR and MXSTR are not used in the Sou& code directiy, but represent the re& of a set of equations: 
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For the most part LSUP is zero, except on the first step of the supply curve where a minimum supply level may be 
/ 

defined 

Thus, the above equations,and bounds mathematically specify the linear program objective function and the key 
model constraints. A commercial software package62 designed to solve linear programming problems is utilized 
to modify and solve the linear program matrix, and to access the resulting solution. 

1 .  

Implementation of the Linear Program Within the CEM 
a '  

The %EM linear program solves for the level and lqtion of pipeline and storage capacity expansion, as well as the 
corespopding peak and off-peak flows associated with hnn and interruptible service. To provide this information, 
the linear program matrix is solved in two phases4he first establishes the pipeline and storage expansion levels, 
and the second establifihes the final flows. 

In the first phase of the CEM, the linear program is defined according to the equations above, and solved. From 
this' solution, pipebe and storage capacity expansions and peak firm flows are established. However, base capacity 
on some pipeline arcs and in some regional storage locations may not be fully utilized because of insufficient peak 
core demand requirements. Giveh how the model is formulated, this under utilization, in tum, restricts the amount 
of off-peak and interruptible flows that can occur along the under utilized arcs, and into/out of under utilized storage 
facilities. This occurrence .is dictated by the pipeline and storage capacity constraints. The second phase serves to 
iemove this ~ ~ e c t i o n  between peak finn flows and other flows, while still maintaining the peak firm flow levels 
resulting in the first phase. 

In'the second phase, the peak period capacity constraints (equations 88 and 91) must be representd such that 
interruptible volumes can flow along the unused capacity. To accomplish this, pipeline and storage capacities Oca& 
and ystr&) are held constant and set equal to the solution levels (YCAP and YSTR) from the first CEM phase (base 
utiti;mtion plus added capaciy). This is represented with the changes in the equation from 'yap' to 'YCAP' and 
from 'ysd to 'YSTIL' Also, a constant tenn is added to the constraint that idemifies the unused base capacity which 
may be used for interruptible flows only. The corresponding equations are presented below. 

. 

Pipeline Capacity Constraint for Peak Period Flows on Arc (iij): 

g i jyi jR 5 u;*(Ycm~ i $YCAP&) + lJT*(QcAPOij - YCAPO,) 
k=l 

Storage Caphty Constraint for Peak Period Flows m Each Region (st,i): 

I (94) , 

. I  

.. 

.=- 

. . (Om), a product of Ketmn Management Science, a Division of Bionetics Copn-aSion. 
of the linear programming problems withinithe NEMS will be solved using the Optimization and Modeling Library 

. .  . .  
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where, 

With the completion of the second phase, the CEM has generated pipeline and storage capacity expansion results, 
as well as seasonal flows corresponding to core and noncore markets. The capacities are used directly in the Annual 
Flow Module, while the flows are used to generate annual pipeline capacity utilization factors for use in the Annual 
Flow Module. The procedure to generate annual capacity utilization factors is presented in the next section. . ' 

Processing of CEM ' Results 
The primary purpose of the CEM is to provide the Annual Flow Module Ad Pipeline TariffModule each year With 
a forecast of physical pipeline capacity and working g& stopge capacity for forecast year t+n, to determine 

pipeline capacity utilizations corresponding to annual firm and btal hterregional flows (to be us,& m the 
maximum annual flow wqtraints within the Annual Flow Module), and to determine hnn and interruptible net' 
storage withdrawals (to be used in the node mass balance constraints within the Annual Flow Module). Capacity 
expansion results are used to.&termine the forecaskl capacity levels; firm and total flows are used to determine 
pipeline utilizations; and, seasonal hnn and intemptible flows into and out of storage are used to calcihte hnn and 
mtenuptiile net Storage withdrawals. These calculations are presented below. 

PipeIine and stomge capacity expansion levels for forecast'yw t+n are generated by solving the CEM h e a r  
program, and ate used to & m e  fyecasted capacities. Physical pipeline capacity along the interregional arc from 
transshipment node i to noije j is calculated as the base capacity (including planned expansions - Appendix E, 
PNEW-CAP) plus the corresponding level of expansion in year t+n. 

'' 

. . 

k=l 

x i j =  
u . =  

Qcm = 
YCAP = 

YCAPO = 
. x , =  

UST = 
QSTRO * = 
YSTR = 
YSTRO '= 

flow fiom i to j (Bcf) 
maxixnum aliowable utilization of an arc in the season (fraction) 
base pipeke capaGty (capacity level existing at the end of year t+n-1) (Bcf) 
actual pipeline capacity added (Bcfj 
base pipeline capacity utilized (Bcf) 
flow from storage (st) to node (i) (Bcf) 
maximum percentage of storage available (fraction) 
base storage capacity (capacity level existing at the end of year t+n-1), (Bcf) 
actual storage capacity added (Bcf) 
base storage capacity utilized (Bcf) 

(96) 

. .  
Likewise, regional working gas,storage for year t+n is calculated as base working gas (including planned expaions ' 
- Appendb E, PNEW-STRX) plus the corresponding level of expkion m year t+n. 

Since loads on a pipeline tend to be variable throughoJt a year (with full utilization more prevalent-during the peak 
season and lower utilization during the off-peak seasoin), the purpose of the maximp~ ann@ flow constraints m the 
AnnuaI Flow Module is to better repre-sent seasonal Qows on an annual basis. This is accomplished by using the 
seasonal flow paaerns resulting m the CEM and translating them mto annual pipeline ut%z.&ons. The CEM 
cabhtes both firm and total annual pipeline utilizations to be used within the maximum annual flow constraints 
for both finn and total flows in the Annuai Flow Module. A graphical depiction of the load m e  that represents 
seasonal flows is presented in Rgme 74. .~ 
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Figure.7-4. Example of a Seasonal Flow Pattern Along an Arc . . 
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Fm.mual utilizations are a function of peak firm flows, off-peak firm flows, and peak firm utili7ntion rates. Peak 
firm utilization rates (Appendix E, ARC-PFUTLZ) &fine the maximum portion of total physical annual capacity 
available to the peak firm service network along a specific arc, and are used in conjqction with other utilizations 
to establish arc-speciftc load duration curves represented m the CEM. Assuming that the r&ulting peak firm flow. 
reflects full utiliaion of the capacity available to the core market during the peak season, an equivalent maximum 
annual capacity available to the core market can be calculated by dividing the peak fiun flow by the peak firm 
utjli./ntion. Next, dividing the total firm flow (peak and off-peak) by this maximum annual firm capacity produces 
maximum firm annual utili7ntions used by the Annual Flow Module. The following equations result 

For the core markeg along each arc i,j: 

A W F  = 

- 

((the flow along the arc to satisfy peak period core market requirements) + (the flow. 
along the arc to satisfy off-peak period core market requirements)) / (equivalent 

' mualfirmcapacity) - 

given, 'equivalent m~al firm capacity = (the abw along tie arc p satisfy peak period core 
market requirements) / @e& hrm utilization rate) 

I ,  

. .  . .  * . .  
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w h e  

A- = xij = peakfirmflowalongarci,j(Bcf) 
xij°F .. = 

ECAP-F = 
UTILZ$ = - 

annual firm capacity utilization rate along arc i,j (fraction) . 

off-peak firm *flow along arc jj, @cf) . 
equivalent capacity available to'core market dong arc i j  (Sd) 

lirm capacity utilization rate along arc i j  (fraction) 
f .  

Likewise, total capacity utilization rates are a function of peak lirm flows, off-peak firm flows, peak interruptible 
flows, off-peak intaiuptible flows, and peak utilization rates. Peak utilization rates (Appendix E, ARC-PUTILZ) 
def5ie the maximum portion of total physical annual capacity available in the peak period along a specific arc, and 
are used in conjunction with other utilizations to establish arc-specific load duration curves represented in the CEM. 
Assuming that the resulting peak flows reflect full u-tion of the capacity available'duriug the peak &on, an 

. equivalent xkximuin annual capacity available to the natural gas market can be &-by dividing the total peak 
flow by the peak utilization. Next, dividing the total flow (peak and off-peak, f3m and intenuptible) by this 
maximum annual capacity produces maximuin annual total utilizations used by the b u a l  Flow Module. The 

.. . 

' 

following equations result. 

For the total natural gas inarket, along each arc ij: . 

AUTILIZ;~ = ((the flow dong thearc to satisfy peak period Core &et requirements) + (the'flow 
along the arc to satisfy off-peak period core market requirements) + (the flow along 
the arc to satisfy peak period noncore requirements) + (the flow along the arc to 
. satisfy off-peak period noncdre requirements)) / (equivalent total ann@ capacity) . 

given, equivaient total ann& capacity = '((the flow along the arc to satisfy peak period core 
market requirements) + (the flow along the arc to satisfy peak period noncore 

. . requirements) / (peak utilization rate) 

. I  

. .  

where, 

A-L = tot;-'annual capacity utilizatic- rate don 
= peak lirm flow along arc i,j (Bcf) 

0 

arc i j  (fraction) 

= Off-peak firm flow along, arc ij (BCO 

equivalent total ahn~al capacity availabie to the'natural gaS m+t ding arc id 
(sa I 

Q~ = peak interruptible flow dgng arc i,j (Bcf) so' = off-peak interqtible%ow along arc i j  (Bcfj 
ECAP~~' = 

/ .  uTL&p = peak capacity utilization rate dong arc i,j (fraction) , .  

Contingencies have been Mttim into the code to ensure that the total utilization remains greater than the fi, and 
that the total utilization is above a h u m  meshold utilization. 

. .  . I  
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Finally; net storage withdraw& are determined by subtracting off-peak flows going into storage from peak flows 
going out of storage. "I& is done at each node for each class of customer (i.e., firm or interruptible). Thus, an 
annual representation of the seasonal flow patterns established by the CEM is generated for: use by the Annual Flow . 
Module. This is defined by the following equations: 

where, 

NETSTR;F ' = netstorageatnodeiforfinnmarket(BcQ .. 
NEmW' = 
G~ = 

',, = 
%Or = 

net st&age at node i for intermptible market (Bcf) 
peak .firm flow out of storag'e at node i (Bcf) 

peak mtenuptible flow, out of storage at.node i (Bcf) 
off-peak interruptible flow mto storage at node i (Bcf) 

. %OF =' off-peak firm flow mto storage at node i (Bcf) 

' .  
.=- 

I 

- t  p ,  . .  - 
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This Chapter discusses the solution methodology for the Pipeline Tariff Module (PT'M) of the Natural & 
Transmission and Distribution Model (NGTDM). In this Module, for fully regulated services, the rates developed. 
by themethodology are used as actual costs for transportation and storage services. Where inkuptible services are 
more. loosely regulated or where markets are deemed competitive, the methodology computes maximum and 
minimum rates for service. The minimum rate is used as a lower bo&d on.the price of services. The actual price 
charged for these more loosely regulated services or the "market clearing price" is determined by.the Annual Row 
Module. Under current regulatory policy, the maximum price computed by the methodology (the 1OO-krcent load 
factor rate) wiU &t as a cap on the market cleaiing price. This'"price cap" will not be egforced if deregulation of 
service is assumed or if Federal Energy Regulatory Commission provides for alternative pricingkost recovery 
mechanisms. 

The PTM tariff calculation is divided into two phases: a base-year initialization phase and a forecast year update 
phase. These two phases include the following steps: (1) de-e the total cost of service, (2) classify h e  items 
of the cost of service as fixed and variable costs, (3) allocate fixed and variable costs to rate component (reservation 
and usage fee, [volumetric charge]) based on the rate dhign, (4) aggregate costs to the network ardnetwork node, 
(5) for transportation.services, allocate. costs to type of service (lixm and and (6) compute arc- 
specific (node-speCitic) rates. For the baseye& phase, the cost of service is developed fiom the financial data base 
while for the forecast year update phase the costs are estimated using a set of econometric equations. These steps 
are used to determine (1) transportation rates for the Annual Row Module, (2) transportation rates for the Capacity 
Expansion Module to determine pipeline capacity expansion, and (3) storage rates for the Capacity Expansion Module 
to determine storage capacity expansion. A genergl overview of the methodology for deriving rates is presented in 
the box on the next page, while the PTM system diagram is presented in Figure 8-1. 

* .  

, Base-Year Initialization Phase 
The purpose of the base-year initialization phase is to provide, f q  the base year of the NEMS foredast horizon, ,an 
initid set of NGTDM network-level transportation and storage revenue requirenikts and tariffs. The base-year 
infonnation'is developed from existing pipeline company transportatl 'on and storage data. The base-year initializaton , 

- , process draws heavily on two data b e s  developed by the Office of Oil and Gas, EIA. These data represent the 
existing physical pipeline and storage system. The physical system is at-a more disaggfegate level than the NGTDM 
network. The first data base provjdes detaild company-level financial, cost, and rate base parame@. This finan@ 

' data base contains iuformation on capital structure, rate-base, and revenue r4uiremen.ts by major line item of the *. 

cost of service for the base y k  of the modeL The second data b&e covers the physih attributes of the natural 
. gas pipelines, including contract demand and pipeline layout, The physical pipeline layout data are used, along with 

the contract data, to derive the allocation and billing determinants. These deteminints subsequently are used to' 
compute unit rates for transportation services along each arc ( h d  for storage simices at each npde) of the NGTDM 
network. I 

This section $scusses three separate processes that occur during the base-y& initialization phase. (1) the 
computation of the cost of service and dtes for services, (2) the construction of capacity expansion cost/taTiffcuNes, 
and (3) manipulations required to pass the rat& to the Annual Flow Module and curves to the Capacity Expansion 
Module: 

The computation of base-year cost of seMce and rates for seMces mvolves six distiict procedures as outlined m 
the box below. Each of these procedures is discussed m detail below. 

In order to facilitate capacity expansion decjsions in the Capacity Expansion Module, the PTM constructs cost/tariff 
curves which relate incremental pipeline or storage. facility capacity expansion to corresponding rates. These curves 

. . .  

.e- - 

I 

/ 

, 63This step is not canid out for stokige service because no distinction is mide between firm and intexxuptible storage services. 
, I  
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I ,  

are developed from historically based estimates of capital and revenue requirementi for'capacity exphion projects 
using the computational procedures for determining base-year cost of seMce and rates. 

Prior to passing the rates to the Annual Flow Module and Capadty Exphion Module, the €TM rates must be 
adjuSted to maintain consistency among the three modules. PTM rates are calculated in nqminal dollars and then 
converted to real dollars for use'in the Annual Flow Module and Capacity Expansion Module. . 
Computation of Rates 

An overview of the pr&mg of costs m the PTM .ratemaking procedure is illustrated in F';gure 8-2. In 'the base 
year i n i m o n  phase of'the PTM, rates are computed using the six-step process outlined above. The first three . 
steps are perfohed for the transportation and storage functions at the company level: (1) derivation of the total cost 
of service, (2) .c lass i ig  link item costs as fixed and variable costs, and (3) allocation of fixed and variable costs 
to rate CDmpOnents based on rate.design. The fourth step is to gansfonn the costs from the company level to the 
network (arc and node) level. Allocation of costs to &vices (Step 5)  and comput8tiOn: of rates (Step 6) are carried . 
out at the arc level for 'on and the node level for storage. Step 5 is only executed-for the transportation 
function 

The e@ntions apply, m general, to bo& transportzition and storage functions. However, not all variables used in an 
eqMtion are defined for both functions. For example, costs associated specifically with transportation services, such 
as compressor station labor costs ark set to zero when the eqwon 3 used,to $tennine storage-related cos& 

. 

there =e type of storage service represented in the m. 
' .  

/- 

. .  
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Figure &2. Processing Transportation Service Costs in the Ratemaking Process 

. Company Level Arc Level 

Classificationto ’ - Allocationto - Aggregate - Allocation 
fixed and variable - rate component toarcs . to service 

c 

. Step 1.: Derivation of the Total Costsf-Service 

The total cost-of-service for a pipeline cbmpany is computed as the revenue requirement minus any revenue aedits. 
The total revenue req-ent (TRR) consists of a just andreasonable r e m  on the rate base plus normal opemhg 
expenses. Revenue credits reflect revenues generated by nonjurisdictional services and one time cos& that are outside 
of the scope of the PTM. Therefore, the total cost of seMce is computed as follows: 

‘ (102) TCOS = TRR - REVC 

where, 

TRR=TRRB+TNOE 

TCOS = total COSt$f-ServiCe (dOllars64) . 
TRR = total revenue requirement (dollars) / 

TNOE = total normal opemting expe&s (dollars) . 

REVC = revenue to cost-of-service (dollars) (Appendix E) 
TRRB = totalreturnonratebase(dollars) ’ 

&vations of rem on rate base, total normal operating expenses, and revpue credits are presented in the following 
subsections. 

_ .  . .  . .  . 
@All costs discuss$ in this’chapter are ih nominal dollars, unless explicitly.stated otherwise. 
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Return. In order to compute the r e m  portion of the cost-of-service, the determination'of capital structure and rate 
base is necessary. Capital structure is importaut because it determines the-cost of capital to the pigline company. 
The weighted average cost of capital is applied to the rate base to determine the return component of the cost-of- 
service, as follows: 

. TRRB=WAROR*APKB 

where, 
TRRB = total return on rate base b fo re  taxes, (dollars)} .' ' 

WAROR = weighted-average before-tax return on capital (fraction) 
APRB = adjusted pipeline i t e  base (dollars) 

< - In addition, for reporting purposes, the return on rate base is broken out into the three coxhponents as shown below. 

PFEN = (PFEWOTCAP) * PFER * APRB 

CMEN = (CMESEOTCAP) * CMER * APRB 
LTDN'= (LTDS/TOTCAP) * LTDR * NRB . 

where, 
PFEN = total return on preferred stock (dollars) 

' PFES = value of prefmed stock (dolh)  

PFER = coupon rate for prefened stock (fraction) 
APRB = adjusted pipeline rate base (dollars) 
CMEN = total return on common stock equity (dollar$ 
CMES = value of common stock equity (dollars) 
CMER' = common equity rate of r e m  (fiztion) 
LTDN = total return on long-term debt (dollars) 
LTDS = value of long-term debt (dollars) 
LTDR = long-teroi debt rate (fraction) 

TOTCAP = totalcapitalization(do~-~) 

The'cost of capital (WAROR) is computed as the value-weighted average cost of capital for preferred stock, common 
Stock equity, and long-term debt, as follows: 

' WAROR = (PFES*PFER + CMES*CMER i LTDS*LTDR)EOKAP 

TOTCAP = PFES i CMES + LTDS 
where, 

WAROR = weighted-average before-tax return oncapital (fraction) 
PFES = value of preferred stock (dollars) 
PFER = preferredstockm(fiztion) 

' CMES = valueofcommonstockequity(dollars) 
CMER = common equity rate of rem (fiztion) I 

LTDS = value of long-tenn debt (dollars) 
LTDR = long-term debt rate (fraction):- 

TOTCAP = totalcztpitalization(doUars) 

I 

\ 

' (108) ' . 

T$ total fate base is computed 
transition expense balance minus accumulated deferred income taxes. That is, 

the sum of net plant-in service, cash working capital, other w-g capital and 

' I  

I .  

- .  
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MRB = NIS i m c  OWC i TPEB - ADlT 

where, 
AFW3 = adjusted pipeline rate base (dollars) 

NIS = net CapitaI cost of plant in service (d0Uai-s) 
CWC = cashworkingcapital(dollp) 
OWC = other'working capital (dollars) 
TPm = transition expense balance 

. ADTT = accumulated deferred income taxes (dollars) 
.. 

me net plant in service is the origina~ cqia a t  plant m seMce minus the accumuiated depreciation. - 

NIS = GPIS - ADDA 
where, 

NIS = net capital cost of plant in service (dollars) 
GPIS = original capital cost of plant in service [gross plant m service (d9Uars)I 

ADDA = accumulated depreciation, depletion, and amortization (dollars) 

Total Normal Operating Expenses. Total normal operating expense line items include depreciation, taxes, 
ndminismtive and genexal expenses, customer expenses, and operation and maintenance expenses. In theP"34, taxes 
are disaggregated further into Federal, State, and other taxes and tax credits to permit tax policy analysis. Operation 
andmaintenance expenses also are$disaggregated mto several categories to enhance accuracy in forecasting expenses 
byfunction. ~ 

' 

TNOE = DDA +.TOTAX i TAG i TCCE + TOM 

TNOE = total n o m  opemthg expenses (dollars)' 
DDA = depmiation, depletion, and amortization costs (doll& 

TOTAX = total Federal and State income tax liability (dollars) 
TAG = &tal administrative and general expense .(dollars) 
TCE = total customer exlknse (dollars)% 

TOM = mtal operations and maintenance expense (dollars) 

Depreciation, 'depletion, and amortization costs, adminiskive and general expense, and customer expense are 
available directly from the financial data base. 

Total taxes are computed as the sum of Federal and State income taxes and other taxes, less tax credits, as follows: 

TOTAX = FSlT i OTI'AX - FSeC.  

FSlT = FlT + SlT 

where, 
TOTAX = total Fede~@ and SGte income @x liability (dollars) 
FSlT = Federaz and Sete income tax (dollars) \ 

OTI'AX = all other taxes assessed by'.fedeml, State, or local-govemment+ .except income taxes 
(am), 

FSlTC = Federal and State investment tax a&ts (doll@ 
# 

%e transition expense balance is the remaining balance of approved but yet to be recovered transition costs associated with 

'%xdomer expense includes direct payroll distributions of salaries and wages associated with the following services: customer 
restructuring gas supply contracts for Order 636. 

accounts, customer service, information, and sals. 

8-6 
I .  

ElAModd Dowmentation: Natural Gas Transmission and Distribution Model Volume I ' 



FIT, = Federal income tax (dollars) ' 

8 SIT = Stateincometax(dollars) 

Federal income taxes are derived from returns to common stock equity and preferred stock (kter-tax profit) and the 
Federal tax rate. The after-tax profit is determined as follows: 

. where, 
ATP = after-tax profits (dollars) 

TOTCAP = totalcapitahation(dollars) 
APRB = adjusted pipeline rate base (dollars) 

PFER = preferred stock rate (fraction). 
' PFES = valueofpreferredstock(dollars) 

CMER = common equity rate of return (fraction) 
CMES = value of common stock equity (dollars) 

and the Federal income taxes are 
t '  

where, 

.. 
FlT = Federalincometax(dolhs) . ' ~ 

ATP = after-taxprofits(d0llars) 
FRATE = ~ederal income tax rarg (fraction) (Appendix E) 

State income taxes &e computed by multiplying the s q  of taxable.keturns and the associated Federal income tax 
by a weighted-average State tax rate associated with each pipeline company. The weighted-average Statem rate 
is based on peak service volumes h each State delivered by the pipeline compauy. State income taxes are computed , 

as follows; 

. SIT = SRA'I'E * (FIT i ATP) . . (117) 

where, 
SIT = Stateincometax(dolIars) 

FlT = Federal income tax (dollars) 
SRATE = average state income tax.% (fraction) (Appendix E) 

ATP = after-tax profits (dollars) . -  

I 

- .  3 : , .  
Total operations and maintenance expense consists of three q - o r  &goriex supervision and engineering.expenses, 
compressor station expenses, and othei operations and maintenance expenses? Compressor station expenses are ' 

disaggregated further into two categories: compressor statim operating and maintenance labor expenses and 
compressor station'omting andmaintemcenon-labor expenses. .That is, total operating andmaintenance expense 

I 

VOWeqW' . 
t '  

TOM = SEOM i CSOML i CSOMN i OTOM (118) 
where, .=- 

. 

* CSOML = compressor station opemtjng and maintenauce labor expense (dollars) 

TOM = ,total operations and maintenank expense (dollars) 
SEOM = superv@ion and engineering expense (dollars) 

# . .  . _  

f 

%ome expenses in this category apply only to transportation cos&. Consequently, cdmpressor-dated and similar expenses . 

* ._ will not be calculated for storage facilities. . 



CSOMN '= compreksor station operating .and maintenance non-labor expen& (dollar& 
OTOM = other operations and maintenance expense (dollars) 

Revenue Credits. The revenue requirgment is reduced (increased) by* various revenue credits (expenses) to 
detedne the total cost-of-service. These credits may relate to one-time expen.ditures that are outside the scope 'of 
the other cost categories. 

~ f t e r  the determination of the total cost of service, line im is classitid as a fix& or variable cost as descrid 
instep2.. 

Step 2: . Classification of Cost of Service. Line Items as' Fixed and Variable Costs 

The ETM ciassifes ea& line item of the cost of service (computed m Step 1) as a fixed and variable cost. Fixed 
costs are independent of s t o r a g d v  'on usage, while variablecosts are a function of @e. Fixed and variable 
cosk are cqputed by multiplyipg each line item'og the cost of y c e  by the percentage of the cost that is fixed 
and the percentage of the cost tha& is variable. The classification of lixed and variable costs is defined by the user 
as part of the scenario specification. The classification of line item cost & to fixed and variable cost is determined 
as follows: 

.- 

Rd = ALLf*Ri/lOO 

R, = ALLv*R/loo 

where, 
& = fixed cost portion of lihe item & (niiillin'dollars) 

ALL, = percentage of line item R, representing fixed cost , 

& = total cost of Iine item i (million dollars) 
Ri, = variable cost portion of line item & (million dollars) . 

AT& = percentage of line item & repreienting variable cost 
i = lineitemmdex 

loo = ALif+ALL, 

An example of this pmcedme is illustrated in Table 8-1. 

Step 3: Allocation of Fad and Variable Co& to Rate Components 

A l l d o n  of fixed and variable costs to rate components is conducted only for transportation services because 
storage service is modeled m a more simplified manner using a onepart rate. 

The rate design to be used within h e  €"I'M is specified by input parameters, which can be modified by the user to. 
reflect changes m rate design over time. The €"I'M allocates the fixed and variable costs computed in Step 2 to rate 
components as- specified by the rate. design. For transpoRation service, the components of the rate consist of a 
reservation and a usage fee. The reservation fek is a W g e  assessed based on the amount of the capacity reserved. 
It typically is a monthly fee that does not vary with throughput. The usage fee is a charge assessed for each unit 
of gas that moves through the system. For storage service the rate components are'aggrege mto one volumetric 
charge that is based on the amount of working gas capacity." 

. 

The actual reservation and usage fees'that pipelin&%re allowed to charge are regulated by the Federal Energy 
Resulatory Comm&on. How costs are allocated determines the extent of differences m the rates charged for 
different classes of customers for different types of services. ~n general, the more fixed costs are i~ocated to usage 
f 9  the more costs are recovexed based on throughput. Thus high load factor customers pay a larger dqre of 
system costs. Allocating a larger share of fixed costs to reservation fees, however, leads to low load factor customers ' 

@ h i s  SimPIified I.epresentation.of one volumetric &&ge rela'ted to the wofking gas capacity is desibed to include ali the costs 
that in actual practice are recdvaed through reservation, inyentog, injection, and withdrawal charges. . .  
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Table 8-1. Illustration of Fixed and.Variable Cost Classification. 

Allocation Factors 
Betcent1 Cost Component 

Cost of Service Line Item Total Fixed Cost Variable Cost Fixed Variable 

Total Return \ 

1,000 . 

30,000 

29,000 

Preferred Stock ’ 

Common Stock 
Long-Term Debt 

Normal Operating kpenses 
Depreciation 

, Taxes 
Federal Tax 
State Tax 
Other Tax 
Tax Crediis 

Administrative & General 
Customer, 
Operations & Maintenance 

Supervision & . 
Engineering 
Compression 
StationRabor , 

Compression 
StatiodNon-labor 
OtherO&M 

I 

Revenue Requirement 
Revenue Credits 

100 

100 

* 100 

0 

0 

0 

1,000 

.30,000 , 

29,000 

P 
0 

0 

100 30,000 30,000 * 0 0 

25,000 . 

5,000 

1,000 

I00 

100 

100 

. .o 25,000 

5,000 

1,000 

. i,ooo 
45,000 

2,000 

. o  
- 0  

0 

0 

5,000 

. o  

. I  

’- 1,000 ,100 

50,000 90 - - .  
. .  

100 

10 
2,000 0. ~ 

7,000 100 . 0 7,000 0 

5,000 100 5,000 

200 

0 

1,000 20 . 80 800 

40,000 80 

. 100 

. 32,000 
21 3,200 

25,000 

20 8,000 
13,800 

0 

13,800 

.. 
227,000 

25,000 0 

Total Costsf-Service 202,000 188,200 

I 

.=- 

, 
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bearing a larger share'of system costs. 

Costs are assigned either to the reservation fee or to the usage fee according to the rate design specified for the 
pipeline company. The rate design can vary among pipeline companies. Three typical rate designs are described 
in Table 8-2. The 33'M provides two options for specifying the rate design. In the first option, a rate design for 
each pipeline company can be specified for each forecast year. This option permits different rate designs to be used 
for different pipeline companies while also allowing individual company rate designs to change over time. Since 
pipeline company data subsequently are aggregated to the network arc, the composite rate design at the arc-level is 
the volumetric-weighted average of the pipelhe company rate designs. The second option permits a global 
specification of the rate design, where al l  pipeline companies have the same rate design for a specific time period 
but can switch to another rate design in a different time period. In this option, the user wiU have the capability p 
specify the initial and final rate designs and the forecast year in which the rate design changes. Currently, the first 
option is used in FTM (Appendix E, MA-. 

The allocation of fix& costs to reservation and usage fees entails multiplying each fixed cost line item of the total 
cost of service by the correqbnding fixed cost rate Wign classification factor. A simW 
variable costs. This procedure is illustrated in Tables 8-3a and 8-3b and is generalized in the equations below. 

The classification of transportation line item costs b a n d  

- 
is carried out for .. 

to reservation and usage cost is determined as follows: 

RiJ = ALLb * RJ100 (121) 

where, . .  R . = line item cost (dollars) . I  

AU = percentage of reservation or usage line   item'^ representing fixed or variable cost 

100 = AJ&+ALL,, 
100 = A&+ATL, 

(AppendixE - AFR, AVR, AFU, AVU) 

i = line item .number index 
f -= fixed cost index 
v = variablecostinex 
r = -reservation cost index 
u = usagecostindex . E 

At this s@k in the procedure, the me items comprising the fixed and variable cost components of the reservation 
and usage fees can be summed to obtain total fixed-and variable coskyallocated to reservation and usage components 
oftherates. , 

' Afterratemakin g Steps 1,2 zind 3 are &pleted for each company, compky-level costs are transfked to arc-level 
(node-level) rates for rransportation (storage) services. This prw,ss, carried out for each arc and node in the 
NGTDM network, is accomplished in ratemking Ses 4,5 and 6 as presented below. 

Step 4 Aggregation of Claskified Cost of Service to Network Arcs and Nodes 

'As discussed above, for transportation services the P'IM develops fixed and variable costs and allocates them to 
reservation and usage rate components at the pipeline company level The PTh4 apportions these components to a 

distinct segments of a pipeline path based on the share'of the mileage-based capacity reservations on the segment. 
These pipeline path segments represent the portions of the physical pipeline system that fall within the transshipment 

, ,  / 

' 
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'' Table 8-2. Approaches to Rate Design 

Modified Fixed Variable 
(Three-Part Rate) 

Two-part reservation 
fee. - Return on equity 

, and related taxes are 
held at risk to'achieving 
throughput targets by 
all&ting these costs to 
the usage fee. Of the 
remaining fixed costs, 
5 0  percent a re  
recovered from a peak 
day reservation fee and 

' 5 0  percent a r e  
recovered through an 
annual reservation fee. 

Variable costs allocated 
to the usage fee. in 
addition, return on 
equity and related taxes 
are also recovered 
through the usage fee. 

Modified Fixed 
. Variable , 

(Two-Part Rate) 

t Reservation fee 
, based on peak day 

requirements. - all 
fiied costs except 
return on equity and, 
re la ted  t a x e s  
recovered .through 
this fee.. 

Variable costs pluS 
,return on equity and 
related taxes. . are 
recovered through the 

' usage fee. 

Straight Fixed 
Variable 

(Two-Part Rate) ' 

One-part capacity 
reservation fee. All iixed 
costs are recovered 
through the reservation 
fee, which is asse&ed 
based on peak day 
capacity requirements. 

. 

. Variable' costs are 
recovered through the 
usage fee. 

nodes that define a network arc. The costs assdciated with each segment are mapp@ to the network arc by 
aggregating. the cost information a c r ~ ~ s  ail pipeline segments identified with an arc.@ Thetapacity reservation 
shares (Appendix E, PS) used to apportion costs to pipeline segments are derived exogenously from the capacity 
reserved and distances associated with each segment and the capacity reserved and distances for the complete 

. 

' pipeline path. The shares do not change throughout the forecast. 

This.procedure is iliktrated for two hypoketical pipeline companies (Figure 8-3). In the example, it is assumed that 
the to@ costs to be distributed to distinct pipeline segments are RA and for Company A and Company B, 
respectively. Notice that Company A is defined by network a, b, c, d, e m the upper portion of Figure 8-3 and 
Company B is defmed by network a, b, c, d in the middle half of the figure. Company.Areceives 4OOO MMBtulday 
at point a, discharges.2000,MMBtdday at point c and ships the r&ainiug 2OOO M b t d d a y  to point e. Company 
B ships 3,000 MMBtu along its entire route, from $mt a to point c. It is assumed further that segment b-d of 
Coplpany A's pipeline path and segment b-c of Company B's pipelinelpath are to be mapped into the network arc 
defined by the transshipment nodes 1-2 at the bottom of E g m  8-3. Note that company A's segment b-d actually 
bpmposed of two segments: segment b-c and segment cd. 

@In the forecast years, =-level costs include costs associated with gen$c companies representing pipeline capacity added 
subsequent to the base year. Generic companies are discussed in the section describing the f o k t  year updating process. 

. .  .. 
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Table 8-3a. IllustrMon of Allocation of Fixed Costs to Rate Components ' ' ' 

~ 

Allocation' Factors *st Assigned to 

cost of service Line Item Total 
. ' Jpercent) Rate Component 

Reservation Usage Reservation Usage 

Total Return 
< 

Preferred Stock ' 1,000 100 

Common Stock 30,000 100 * 

Long-Term Debt 29,000 0 

. Normal Operating Expenses 

Depreciation . 

Tax= 
Federal Tax 
State Tax 
Other Tax 
Tax Credits 

Administrative & General 

. Customer 

Operations & Maintenance 

Supervision & 
Engineering 

Compression 
Stationllabor 

Compression 
StationlNon-labor 

Other 0 & M 

Revenue Requirement 

30,000 ' 

. 25,000 

.5,000 

1,000 

1,000 

.45,000 

2,000 

7,000 

5,000 

200 

32,000 

21 3,200 
- 

0 

0 

100 

100 ' 

0 

0 

100 

100 

100 

100 

100 ( ' 

100 

100' 

100 

100 

100 

0 

0' 

0 

0 

c! 

0 

0 

Revenue Crediis 25,000 100 0 

0 

0 

29,000 

30,000 

0 

0 

1,000 

1,000 

45,000 

2,000 

7,000 

5,000 

200 

32,000 

~ 152,200 

1,000 

30,000, 

0 

' 0  

25,000, 

5,000 

0 

0 

0 

' 0  

0 

' 0  

0 

, o  
61,000 

25,000 0 

188,200 I i27,200 61,000 Total Cost-of-Service 1 

.=- 

. 
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Table 8-3b. liiustration of Allocation of Variable Costs to Rate Components 

Allocation Factors Cost Assigned to 
bercent) Rate Component 

Cost of Service Line Item Total Reservation Usage Reservation Usage 

0 

Total Return 

Preferred Stock Q 

Common Stock 0 

Long-Term Debt 0 

Depreciation ' , o  
Normal Operating Expenses 

Taxes 
Federal Tax 
State Tax . 
Other Tax 
Tax Credits 

- I 

Administrative & General 
Customer. 
Operations & Maintenance 

Sujryision & 
Engineering 
Compression 
Stat iodWr 

StatiodNon-labor 
Other 0 & M 

Compression .- 

Revenue Requirement 
Revenue Credits 
Total Cost-of-Service 

.O 

0 

0 .  

5,000 

' 0  

0 

0 

800 

8,000 

13,800 . 

' 0' .- 

13.800 

0 .  
0 

0 

0 

100 

100 

100 

100 

0 100 

0 100 

0 .  ' 100 

0 '  100 

0 '  100 

0 ' 100 

0 io0 I 

0 -  100 

0 

0 

jO0 

,100 

100 . 

0 

.O 

0 

- 0  

0 

-0 

0 .  

0 

0 

0 

0 

0 

'0 

0 

0 

0 

0 

0 

. o  
0 

5,000 

0 

0 

0 

800 

8,000 

13,800 

0 

13,800 

.=- 
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' Figure 8-3. Example of Apportioning Pipeline Costs to Network Arcs ' 

Source: Reservation: 
4,000 MMBtdd ' , 2,000 MMBtdd 

- - 
I I 
I I 

150m ---lOOmd I 

I I 
I .  I 
I I 
I I 
I I . .,Reservation: 

I . I  

Source: . I  I 3,000 MMBtdd 
3,000 MMBtuld I . I '  

Pipeline b C 

= R g  I 

4 0 d 
CompanyB I 

4 f I 1 I 

I 
, %Om 

200 m-9 
Total Cost 
Component boo m-I, ' 200 m ~ 

I I .  

I .  
'I' 

NetworkArc, - 

The mileage-based capacity reservation (v> is de&@bed as the .capacity resewed m each pipeline segment 
multiplied by the length of the pipeline segment. For Company A the reservation on segment b-c]is the quantity 
(4000*50) MMBtu-miles and the r&ervatiog on segment c d  is the quantity (2000*150) MMBtu-miles per day. For 
company B, the res-wation on segment b-c is the quantity (3000*2w) -tu-miles per day. The ptal reservation' 
along thejipeline path for company A is the sum of the reservations on each segment, or 1,100,OOO MMBtu-miles 

Once the reservations on the segments are d e d e d ,  the pipeline costs are apportioned to each segment as.follows; 
The share of cost (Rp3 allocated to Company A's pipeline segment k c  is determined as the cost multiplied by the 
ratio of the reservations on segnent b-c to.the reservations on the total pipeline path,.expressed as follows: 

' 

II per day? '. 

P whw, 
. t  . RF = portion of R A  allocated to Compahy A segment b-c 

R A  = total component cost for Company A (dollars) 
A.f. 

'%rived based on capacity resaVati01ls on arc a-b equal to (4OOO*ldo) MMBQ-miles per day, plus capacity reservations on 
arc b c  of (4000+50) Wtu-miles  per day, plus capacity reservations on arc c-d of (2000*150) MMBtu-miles per day and 
.capacity==-w .OXIS (2000*100) MMBtu-miles per day on arc d-e. 
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v," = reservations 0n.Company A segment b~ 
VAT = total reservation on Company A pipeline path 

In this example, V r  equals 200,000 MMBtu-miles per day and V;f equals 1,100,OOO MMBtu-miles per &y. 

Siinilarly, the allocation of costs to Company A's segment cd  [Ria = RA*(3/11)] and to Company B's segment 
b-c &" = RB*(6/15)l are obtained. Finally, the costs are aggregated to the network arc by summing all distinct 
a s k  for Company A's segment b-c and segment c d  and Company B's segment b-c. . 

q3 = Ri4 + Ria + Ri4 . . (126) 
where, 

R1-2 = total costs a l l W  to xc 1-2 
~ RA&C = portion Of RA allocated to company A segment b-c 

Ria = portion of RA allocated to Company A segmentcd . 
R P  = portion Of RB allocated to COmpay B Segment bc 

Through this procedure, company-level'fixed and variable costs are assigned to arcs on the NGTDM network and 
for each arc these costs have been assigned to a rate component. Thus the following variables are dehned: 

L FCR, = fixed costs assigned to the resehation component of 'the rate 
VCR, =, varisble costs assigned to the reservation component of the rate 
Feu, = fixed costs assigned to the usage compnent of the rate 
VCUa = variable costs assigned to the usage component of the rate 
. a = a r c  

- -  . ,  e .  

Apportioning storage costs to network nodes is a more straightfmard k&ss because the costs are simply assigned 
to the no@x as a function of the share of storage capacity located in each region. Through the procedure provided 
in the following equations company-level fixed and variable costs are shared out and aggregated to'nm. on the 
NGTDMnetwork. . ' 

. .  

+ FCS, ='FCS, + @ISR, * SFJ ' (127) 

vcs, = vcs, + (Nspp * SVJ (128) 

* VCS, = variable costs of storage (million dollars) , 
FCS, = fixed costs of storage (million dollars) 
NS,, = share of company p gas smage capaci~ located at the node n [Appendix E, (fraction)] 

where, 

SF,, = company p fixed costs for storage service (million dollars) 
SV, = company p variable costs for storage seMce (million dollars) . 

, n = nodeindex 
p = pipelinecompanyindex 

.=- 
) .- 

4 

Step 5: Allocation.of Arc-Level Transpixtation Costs to Services 

''The arc-level fix@ and variable costs are allocated t6 fkm and.inteqtible .@insporktion services. In allocating 
, these costs, a portion of the fixed costs are assigned to noncore &tomers. Historically, rate designs have placed 
some of the recovery of fixed costs at risk by assigning the recovery of these costs to noncore customers. Should 
the revenues obtained €tom intenuptible service be-less than those anticipated m the ratemalan - g process, the pipeline 

, .  

.. . , 
1 . . _  

, I  
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company would not recover all of its fixed costs. Variable costs &e allocat& based on total annual throughput for 
each type of service. The development of the allocation determinants is discussedpext. 

Allocation Determinants for Fixed Costs. The allohtion deteImjnants for fixed costs are based, in part, on the' 
finn capacity reservations and annual mterruptible transportation volumes along an arc. The prodedure for obtaining 
arc-level reservations and flows m the base yeir is comparable to the proms described above for aggregating 
segment costs to an arc." The aocatjon determinants for fixed costs are defined as follows. The iixed cost 
allocation determinant for firm service is defined as the annualized peakday reservations for finn service divided 
by the sum of the annualized peakday fhm reservations and an adjusted annual throughput volume for interruptible 
service. In equation form, this allocation determinant (FADS) is defined as follows: 

' 

- .  * TADFS, = (PRESV,*365/(E'RESVa*365 i ISERV,*RADJa*(l i IExpcT,/lOo))) (129) 

Where, 
FADFS, = allocation detamiuant for fixed costs recovered from firm service (ratio) 
PRESV, = peakday reservations for firm transportation seMce (Bcf per day) [Appendix F, CONDEMI 
ISERV, = annual throughput volume for mterruptible tmsporm 'on service (Bcf per year) 

EXPCT, = expected annual rate of growth in interruptible transportation fAppendix E, (percent, 
. 

currently set to 0)l 
FWDJ, = adjustment factor for discounting [Appendix E -BASERADJ, (ratio)] - 

a = =  

The intemxptii1e throughput volume is &justed in the above equalion for two reasons. Fmt, the intenuptible . volumes are adjusted to reflect anticipated changes m interruptible transportation volumes using the user-specified 
lEXPCT parameter. Second, the volume is adjusted downward via the RADJ factor to reflect anticipated discountihg 
of interruptible transportation services. This adjustment factor (RADJ) reflects the degree of discounting that took 
place in the prior forecast year and is &fined as follows: 

where, 
' t = cmrentyearindex 

RADJ, = adjustment factor for discounting [A&& E - BMERADJ, (ratio)] . 

AFM-PTAR-C-' = average mterruptible servite rate in year t-I [Appendix E, (dollps per Mcfll 
. P m - '  = maximum intpmptible service rate in year t-1 (dol& @er Md) 

'a = arc. . \  

Similarly,,'be allocation &t& t for fixed costs assigned to interruptible, service (FADIS) is &fined.as 
0 

(131) ISERV,*RADJ, *( 1, +EXFC"JlOO) - ,  FADIS, = 
PRESV,*365i1SERVa*R(l i V J 1 0 0 )  

where, 
FADIS, = allation determinant far fixd cos& assign& tq interruptible &Nice [I-FADS, (ratio)] 

. ISERV, = annual throughput volume for intenuptible transportation service (Bcf pkr year) 

-, = expected rate of growth m interruptible pnspoitation,[Appendix E, (percent)] 
. PRESV,. = peakday reservaticms for firm transporiaton service (Mcf per day) [Appendix E, 

RADJ, = adjustment factor for discomiiing [Appendix E - BASERADJ, (ratio)]- 

CONDEMI 
s : 

/ .  a = arc' 

"In subsequentyeas, flow vo~umes are input to the PTM at the arc-level. 
. .  
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_ .  
Ahat ion  Determinants for Vamble Costs. The allocation dekmirmts fmv&ble costs are based on the ann& 
hnn h d  interruptible service volumes on the arc. The allocatjon deb t that assigns variabIe costs to firm 
service (VADFS) is defined as the annual throughput volume for firm 'transportation on the arc (FSERV) divided 
by the tdtal &ual throughput volume for firm and interruptible service on the arc, as follows:. 

- 

. .  
VADFS, = FSERVJFSERV, -F ISERV,) 

where, 
VADFS, = allocation determinant for variable costs assigned to fnm service (ratio) 
FSERV, = annual throughput volume for firm transportation service (Bcf per year) 
ISERV, = annual throughput volume for mtenuptible .transportation (Bcf per year) 

a = a r c .  . 

The allocation determinant that assigns variable costs to inteqtible services (VADIS) is defined & 'the armual 
throughput volume for intermptible service divided by the total annual throughput volume for hrrii and interruptible. 

c 

serviw as follows: ' ,  

'VADIS, = ISERVJFSERV, + ISERV,) (133) 

where, 
VADIS, = allocationdetermum t for variable costs assigned to mtermptible service (ratio) 

.FSERV, = annual throughput volume for firm transportation (Bcfper year) 
ISERV, = annual throughput volume for mtemrptible trampam 'on service in (Bcfper year) 

a = arc 

The detexminants are applied to costs previously allocated to me components (in Step 4) to derive the costs allocated 
to the firm transporntion rate component& Similarly allocation determinants are applied t6 obtain the costs allocated 
to mtermptible transportarion. TTTe procedures are outlined in quatioh fom below. 

Derivation of Reservation Costs for Firm Transportation. Costs all&ted to the fnm &&portation reservation 
fees consist of the firm mmpohation portion of the fixed and variable costs &gned to the vrvation fee. This 
cost is derived by applying the allocation determimats as follows: 

, where, 
RCFS, = reservation costs assigned to core customers (million dollars per year) 

FADFS, = allocation d e t e m t  for fixed costs m v e r e d  gom firm service (ratio) 
FCK = lixed costs assigned tb t]ie reservation component of the rate (million dollars per year) 

VADFS, = allocation determinant for variable costs recovered f3om firm service (mtio) 
VCR, = variable costs assigned to the reservation combnent of ,the rate (million dollars per year) 

Derivation of Usage Costs for Firm Transportation. Costs allocated to &e firm trampam 'on usage fees consists 
of the firm transportation portion of the fixed and variable costs assigned to the 'usage fee. This' cost is derived by 
applying +e a~ocarion &terminants as follows: 

a. = arc 

where., 
c, UCFS, = usage costs assigned to core. customers.(million dollars per year) * 

FADFS, = allkition dete-t for fixed costs recovered from firm service (ratio) 
FCU, = fixed costs 8ssigned:to the usage component of the rate (million dollars per year) 

VADFS, = allocation deteminant for variable costs recovered from hrrp service (ratio) I , .  
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VCU, = variable costs assigned to the usage component of the rate (million dollars per year) 
a = a r c  

Derivation of Fixed and Variable Costs Allocated to Interruptible Transportation. Costs allocated to 
intenuptile transportation service consist of a portion of the fixed and variable costs assigned to the reservation ahd 
usage rate components. This cost is derived by applying the allocation determinants as follows: 

. 

. I  

CIS, =' (FADIS,*(FCU; i FCR,)) .t Cv~IS,*CVCU, + VCRJ , (136) 

where, 
CIS, = costs assigned to noncok customers (million dollars per year) 

FADIS, = allocation determinant for fixed costs recovered ftom interruptible service (ratio) 
FCU, = fixed costs assigned to the usage component of the rate (million dollars per year) 
F a  = fixed costs assigned to the reservalion component of the rate (million dollars per year) 

VADIS, = allocation determinant for variable costs recovered from interruptible seMce (ratio) . 
VCU, = variable costs assigned to the usage component of the rate (million dollars per year) 
V C k  = variable costs assigned to the reservati& component of the rate (million dollars per year) 

- 

a = a r c  

The costs allocated to mmnqtible transportarion service are not used to derive the maximum and minimum rates 
that may be charged for mtermptibie service. These costs are present$ here to account fully for'all costs that make 
up the total cost of service and to facilitate the discussion of the derivation of the costs allocated to hrm 
transportation service. The computation of rates for firm and interruptible service is presented m Step 6. 

Step 6 Computation of Rates 

. Firm Tramportation Service. Firm transportalion servi& rates (PTAR-I?) are composed of yc-level reservation 
and usage fees (PTAELREV-F and m, as.well aS Order 636 transition costs @TAR-l91-F and PTAR-GSR-F). 
Arc-level reservation and usage fees for firm service are determined by dividing the costs corresponding to each rate 
component by the approPriate billing determinants. .Thus, the re&vation fee is determined as the reservation costs 
recovered b m  firm.service (RCFS,Jdivided by the annualized reseivations for firm,transpOrtation service. That 
is, 

. 

, 

RFl%, = RCFS,/(pREsV,*365) . I (137) 

Where, I , .  

RFE& = m a t i o n  fee.forfirm service,in dollars per Mcf of capacity reserved 
RCFS, = reservation costs assigned to core customers (million dollars per year) ,' 

'011s forfirm transporhtion seMce (Bcfper day) [AppendixE, CONDEMl 

However, the NGTDM pipline network 'kes tariffs in the form of dollars per Mcf of throughpuL Therefore, the 
reservation fek component of the NGTDM pipehe tarif€ is derived by dividing the kservation costs assigned to hrm 
service (RCFS,) by the exp&cted ann& firm transportation service throughput. "hat is, 

I 

-. 
PRESV, = peak-dayreservatl 

a = a r c  

' PTAR-REY-F, = RCFS,/PTMD-FFL, (138) . 
k where, 

PTAR-RF9-Fa = reservation fee component of the fkm service pipeline tariff ( d o h  per Mcf of throughput) 
RCFS, = reservation costs assigned to core customers (million dollars per year) 

. 
\ 

r, I ~ M D - ~  = expected ann~al throughput volume for finm transportaiion ( ~ c f  per year) ' 
., . .  

a = arc 
. I  ' , - I  

. .  
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, 

. 

.. 

. .  

. .  

TO insure that recovery of Cbsts is close to fu~recovery, the reserve portion of firm tariff is s e ~  to be no leis than 
reservation fee (RFEE) divided by firm loading factor (LFAC-F). That is, 

. ,  . 
PTAR-EV-Fa = MAX (PTAR-REV-Fa, RFEE,/LFAC-F) (139) 

a .  

where, 
PTAR-EEV-Fa . = reservation fee comknent of the firm seMce pipeline tariff (dollars per M@ of throughput) . 

, RFEE, = reservation fee for firm service (dollars per Mcf of capacity reserved) 
WAC-F = load factor for deriving the minimum firm rate (Appendix E) 

a = arc 
I 

The usage fee is determined as the usage costs myered  from core customers (UCFSJ divided by the expected . 
annual throughput volume for fm service, as follows: 

* ,  

.ma = uCFs;m-ma . .  (140) 

' where, 
I UFEE, = usage fee for firm s h e  (dollars per Mcf) 7 .  

UCFS, = usage costs assigned to core customers'(milIion dollars per year) . 
-= expected annua~ throughput volume for,firm transportation (B~S per year) -3% 

. 
, . 

I .  a = arc 

The total firm pipeline tariff is the sum .of the reservation and usage components as shown below: 

PTAR-Fa = PTAR-REiV-Fa + WEE; (141) 

. where, 
PTAR-Fa = pipeline tariff for finn service &nt to the Annual Flow Module (dollars per Mcf) 

= usage fee for firm service (dollars per Mcf) 
PTAR-REV-Fa = reservation fee component of the firm service pipeline taxif€ (dollars per Mcf of throughput) 

a = arc 

To'awunt for regulatory 'oversight and to assit m stabilizing the tariffs, a check is performed each year to limit . . 
the annual increase in the firm tariff components to a user specified escalation rate. This limit,is imposed as shown. 
in the following equation: 

'F'TAFLFw = MIN (Pl'AR-F&,,' PTAkF=-,' *..(l+MAXESC))" .(142) 

where, 
PTAR-F% = pipeline tariff for firm service sent to the Annual Flow Module (dollars per Mcf) 

PTAR-F~,, = pipehe tatiff for firm service in &evious-year (a~k per MCQ 
MAXESC = maximum allowable aunual escalation rate for tariffs [Appendix E, (fixtion)] 

a = arc: I 

t = forecastyear . . I  

. .  

. .  

various accounting mechanisms have been built &to the tariff computation primiiures to account specifca~y for 
Order 636 transition costs. These mechanisns are implementedin the base year (and subsequent years) and therefore 
;they are presented in this section of the Chapter.'2 

B a l a n k  in purchase gas adjustment accods (otheryise known as Account 191) are collected on a per unit basis 
throughput. The costs are-assumed to be'collected over a multi-y+r period. The Account 191 surcharge is 

computed as follows: 

, .  
_ I  

r- . 
. .  

. 
i . 

' T h e  magnitude of Order 636 emsition costs, the years during which they are collected and the share of costs assigned to 
different classes of service are data driven. 'See reference in Appendix E (PNEWFAC, PSTRANDED) for the default values. , .  

J I .  
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. . PTAR-191-Fa = (ANUM191a/FSEkVa)/A191YRS (143) ., 

where, 
PTAR-191-Fa = firm tariff skharge for Account 191 transition cosk(dollars Mcf) 

ANUM191 = Account 191 traqition’costs assigned to arc a (million dollars) 
. FSERV, = annual throughput vohme for firm transportation (Bcf per year) . 

A191YRS -= number of y w  Account I91 costsfare w e d  to be collected (Appendix E) ’ 

a =arc  

Tariff surcharges to collect gas supply realignment costs (GSR costs) are computed a similar k e r ,  however, 
flexibility is provided to assign a @on of the costs to core customers and a portion of the costs to noncore 
customers as follows: 

, 

where, 
PTAR-GSR-F~ = firm tariff surcharge for GSR transition costs (dollars per MC~) 
AGSRCOSTS, = GSR transition costs assigned to arc a (million dollars) 

S W - G S R - F  = fraction of GSR transition costs assigned to firm service (Appendix E) 
FSERV, = -ual throughput volume for firm transportation (Bcf per year) 

GSRYRS = number of years GSR costs are assumed to be collected (Appendix E) 
a =arc 

The total firm tariffsent to the Annual Flow Module network is the sum of the fixm tariff and any Order 636 
surcharges. m e  totitariff is computed as shown MOW. 

’ 

(145) 
. 

PTAR-Fa = PTAR-Fa + PTAR-191-Fa + PTAR-GSR-Fa 

where, 
PTAR-Fa ’ = total iariff for firm &ce p&ed to the Annual Flow Module (dollars per Mcf) 

. PTAR-191-Fa- = firm tslriff surcharge for Account 191 transition d s t s  (dollars per Mcf) 
PTAR-GSR-Fa = firm tariff surcharge for GSR transition costs (dollars per Mcf) . 

, .  a = a r c  

This firm tariffis then checkedagaiust an upper limit on firm tariff(Appendix E, LMITFEM) to prevent the tariff 
from becoming umealisticauy high due to low utilization along the arc. 

Interruptible Transportation Service. The actual interruptible transportation rates are determined within the linear 
programming solution procedure, but are bounded by regulated maximum and minimum rates provided by the PIXI. 
The arc-level maximum and &um rates for mterruptible .@ansportation seMce are de3ved from variable costs, 
reservation and usage fees for firm service, and a load factor permitted by FERC for intemptible service WAC) 
(currently set equal to 100 percent). The maximum tariff is computed as the sum of the reservation fee 
(divided by the load factor) and the usage fee. ThAt is, 

MAX, = RFEEaLFAC-I + I : (146) 

where, 
MAX, = maxim- rate for interhptible service (dollars per Mcf) 
RFEE, = reservation feg for frrm service (dollars per Mcf) 

LFAC-I = load factor for deriving the maximuni interruptible rate [(ratio) =1.00, from RDESIGNJ . .  
A UFEE, = usagefeefor+service(dollarsperMcf) . 

similar to the firm pipthe tariffs, the regulated maximum intemptible *‘is dowed to increase at a rate no 
greater than a user specified escalation rate, as shown ixi the equation below: 

a = arc- 
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where, m, = niaximUm bte for interruptible service (dollars per Mcf) 
ql., = maximum rate for interiuptible service in previous year (dollars per Mcfj 

m c  = maximum allowable annw escalation rate for tariffs [lippen& E, (fraction)] 
a = arc 
t = forecastyear. 

The minimum tariff (MTN3 is computed %.the sum of all variable-costs associated with the arc (VSVY) divided 
by the total annual firm and interruptible throughput volume, as follows: . ' ' 

MIN, = VSuM,/(FsERV, i - ISERVJ 

VSUM, = VCR, i VCU, 

- (148) 

' (149) 

where, 
/ .  

MIN, = minimum rate for interruptible service (dollars per Mcf) 
VSUM, = total variable costs for firm and interruptible service (million dollars) . 

FSERV, = annual throughput volume for firm transportation (Bcf) 
ISERV, = annual throughput volume for interruptible 'on service (Bcf) 

VCK = variable costs assigned to the reservation c o z f  the rate (million dollars) 
VCU, = variable costs assigned to the usage component of the rate (milIion dollars) 

Interruptible transportation rates may also include some surcharge attributable to Order 636 transition costs. Gas 
supply realignment costs are partially bllected through a surchpge on interruptible rates. The computation of this 
surcharge is shown below. 

. 
a = arc 

, P'I'AR-GSRJ, I \  = [(AGSRCOSTS,*SH.ARE-GSR-I) / ISERVJ / GSRYRS (150) 

where, ., 
PTAR-GSR-t = interruptiile tariff surcharge for GSR transition costs (dollars per Mcf) 
AGSRCOSTS, = GSR transition costs assigned to arc a (million dollars) 

SHARE-GSR-I = fraction of GSR transition costs assigned to intenuptible service (SHARE-GSR-I = 1.0- . 
SI3UG-GSR-F) 

ISERV, = annual throughput volume for mmuptible tmsporm 'on (Bcf per year) 
GSRYRS = number of years GSR costs are assumed to be collected (Appendix E) . 

a = a r c  
, I  

The surcharge of gas supply reali&ment costs on interruptible rates is thk checked against the surcharge of gas 
supply realignment costs on firm rates to ensure that $e surcharge on mtenuptible rates does not;exceed the 
surcharge on firm ram. That is, , 

i 

, €'TAR-GSR-I, = MIN(PTAR-GSR-I,, PTAR-GSR-Fa)' . (151) 

PTAR-GSR-G = interruptible tariff surcharge for GSR.transition costs (dollars pkr Mcf) 
PTAR-GSRJ;, = .firm tariff surcharge for GSR transitih costs (dollars per Mcf) 

where, 

.. . a = arc 
. /  
The interruptible surcharge is then added to the minimum and maximum intemptiile mtes, when applicable (e.g., 
during the years GSR costs are assumed to be collected). That is, 

, .  . ,  
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, 

' . (152) ma = MIN, + E'TAR-GSR-I, 

MAX, = MAXa+ PTAR-GSR-I, ' 

# _ .  
where, 

MAX, = maximum rate for interruptible service (dollars per Md) 
MIN, = minimum hte for interruptible service (dollars per Md) 

E'TAR-GSR-& = intemptible surcharge for GSR transition costs (dolIars per Mcf) 
, I  

a = arc 
. .  

The interruptible tariff that is computed represents the cost of moving interruptible gas along an arc, and is used m 
the Annual Row Module netivork. The value for this tariff lies between the minimum and maximum inteGtible 
tariffs, and is determined &mg a scale factor (SCALE-I). The intermptible.tariff is calchated by the following 

' -  

- eqUatiOIK 
. ,  

PTAR-I, = MIN, +'SCALE-Ia .* (MAX, - MIN,) (153) 

where, 
PTAR-& = total tariff for interruptible transportation service passed to the Anyal Flow Module (dollars 

per Mcf) 
MAX, = maximum rate for interruptible servik (dollars per Md) 
MIN, = minimum rate for interruptible seriice (doliars per Md) . ' 

SCALE-& = . scale factor for interruptible tariff (fraction) 
a = arc 

The scale factor (SCALE-I) is a nonlinear function of the interruptible utilization rate on that arc in the previous 
year. Its value4s between zero and one. If the utilization rate was low last year, the scale factor wil l  be close to 
zero and, thus, the interruptible tariff closer to the minimum interruptible tariff to enco-e more use on this arc. 
On the other hand, if the utilization was close to full capacity in the previous year, the intermptible tariff will be 
close to the maximum interruptible tariff to disyurage use on this arc. This algorithm reflects'the behavior of the 
pipelbe'company m a competitive market where price would quickly react to h.latket changes. The computation of . 
this scale factor is shown below: . .  

(uTILrnIEj,-I.O) ' SCALE-I, = U'I'ILJM"E-Ia *UTTL-R.ATE-I, * e  

SCALE-& = scale factor for interruptible tariff (fraction) 
where, 

U'I'IL-R.ATE-& = utilization'rate for interqhible service (fraction) 
a = a r c  

Utilization rate is defined based on flows and, effective capacity (PmVTCAPJ tiom the previous year. 

UTIL-R.ATl-I, = AISERV,/(PREVTCAPi -AFSERVa) 

* PREVTCAP, = PCAP-MAX8 * AUTILZ-Ta * (.l-WTHR-XCAP,) : 
. .  where, 

UTIL-RAE-& = utilization rate for interruptitjie service (tiaction) 
AISERV, = previous year interruptible flow on 'arc (Bcf) 
AFSERV, = previous year fim flow on arc @d) 

. , . PREWAP, =" e f f i v e  total capacity in previous year (Bcf) 
PCAP-MAX, = maximum effective capacity on arc (Bcf) 
. AUTILZ-T, = total utili;mti'on on arc .(fixtion>; . 

WTHR-XCAPa = weather factor (hction) 
I 

(155) 

(156) 

, 
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'The interruptible tariff resulting from the above c&culation is then checked against a d u r a  interruptible tariff 
(Appendix E, LMITINT) to prevent the tariff from becoming uprealistically high due to low utilization along the 
arc. . .  

Revenue Credit Option. A revenue &edit algorithm has Wn designed and implemerited as an option in the €?'I'M. 
Its purpose is to capture the effects of capacity release on firm pipeline tariffs through the treatment of interruptible 
revenues. With this algorim a pipeme' corn pan^'^ is allowed to Imsfer a portion of their incremental revenue 
from intenuptible service to firm Service. The incremental revenue Of inteIIUph%k service is defined as the portion 
above expected revenue which is determined by using'a conservative estimate of intermphile flow defined for the 
pipeline company., The portion transferred to fum service then becomes a credit to firm service, resulting in a 

. reduction m the hnn revenue,req&ements and, thus, firm tariffs. The methodology used to calculate the amount 
of incremental revenue transferred from intemptible service to firm service, and ultimately used to adjust f3m 
service tariffs, follows. 

First, incremental revenue from interruptible service (INC-REV) is calculated as the difference between the actual 
revenue recovered and the revenue expected to be recovered, both from interruptible service. The actual revenue 

. r&vered from interruptible service equals the interruptible flow (ISERV) tin& a derived interruptible tariff 
(CAL-TAR-I). The revenue expected to be recovered from inb5rmptible service is also referred to as the cost 
assigned to interruptible service (CIS). Finally, the derivd'mtemptible tariff along p arc is based on the 
conesponding marginal node prices produced by the AFM the previous year. The corresponding equlitions are 
as follows: 

. .  

& 

INC-REVa ='MISERV, *' C&-TAR& - (CIS, / MC-PGDPJ 

CAL-TAR-I, = NG-MAGPR-I~~ * AEFF-PIPE~~~ - NG-MAGPR-I~ 

where, 
.Iwc,REV = incremental revenue on zkc (millions of 1987 real dollars) 

MISERV = intenuptible flow from AFM calculated in previous year (1 year lag) (Bcf) 
CIS = , cost assigned to intenuptible service in current year (millions of n0qina.I dollars) 

MC-PGDP = GDP deflator (from Macroeconomic Activity Model) 
CAL-TAR-I = derived interruptible tariff ($87/McQ 

NG-MAGPR-I = marginal node price (from AFM, $87/McQ 
AEFJ-PEE = pipelindm efficiency [Appendix E, (fraction)] 

a = arc 
AF = sourcenodealongarc 
AT = destinationnodealongarc 

I 

Next, incrmental costs are defined as mcremental flows times the.minimum miff (for interruptible m . ~ )  needed 
to recover variable costs. Incremental flows are the difference between interruptible flows along an arc for this year 
andthepreviousyear. ThuS, . . 

INC-COST, = INCBOW, * MIN, (159) 

where, 
WC-COST = incremental cost on arc (millions of 87 dollars) 
INC-FLOW = incremental flow on arc 0- 

MIN = the minimum tariff for inter6ptible service ($87/1vIcf) 

a = arc 

According to regulation,,revenue crediting can be adopted into the rate making processof an individual pipebe company. 
However, i~ the PTM module, revenue crediting is implemented at the arc level, instead. - 
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. Incremen&:profit is then calculated as the difference between incremental revenues and incremental costs, as 
follows: 

INC-PRFTa = INC-REVa - INC-COSTa .. 

where, 
- INC-PRFI' = incremental profit on arc ( d o n s  of 1987 dollars) * 

INC-REV = incremenfal revenue on arc (millions of 1987 dollars) 
INC-COST = incremental 'cost on arc (millions of 1987 dollars) 

, .  a = arc 

A portion of this incrementd,profit is defined as the revenue credited ( c ~ ~ T - w  to firm service.  his credit is 
then converted to a rate (FUTJ2ADJ-FJ which is used to reduce firm rates (PTAR-FJ. That is, ' 

CmIT-Fa = RCmIT-Fa * INC-PWa (161) 

RATEADJ_F, = CREDIT-Fa / h4FSEFWa 

where, . 
. CREDlT-F = amount of credit transferred to firm service on arc (millions of 87$) , 

RCREDIT-F = the percentage of revenue reallocated as revenue credit to firm service [Appendix E, 

RATEADJ-F . = the adjusting rate used to credit finn tariff on arc ($87/M@ 

(fraction)] 
INC-PRFI' = incremental profit (millions of 87$) 

MFSERV = previous year firm flow provided by the AFM, including Alaska flow, in current year (Bcf) 
PTAR-F = firm pipeline tariff on arc ($87/Mcf) 

a = arc 

Once the fi?m tarif€ is adjusted, acheck is made to  ensure^ that the resulting firm iariff is no less than the minimum 
hterruptible tarif€ times a scale factor. This test serves to ensure. that an unrealistic over-adjustment has not been . 
made. 

. .  

where, 
PTAR-Fa = firmpipelinetariffonarc($87/M@ . 

ma = minimum interruptible tariff on arc ($87/Mcf) 
SCATX-F-MIN = scale factor (Appendix E) 

a = a r c  ' 

. _  
Storage Service. Storage facilities are defined in the NGTDM network at regional nodes. In @e base-year 
initialization phase, storage facility costs,.capacities, inventories, and other data for ex&ting companies are allocated 
to regional NGTDM network nodes using storage €&ility data in FERC'and EIA data ~eries.7~ An interstate 
pipeline company's total reported storage cost is allocated to NGTDM region nodes according to the regional 

"FERC Form 2 provides total storage costs for interstate pipeline companies. with storage facilities. Form EIA-19l.provides 
injections. withdraw.&, inventories, and base and working gas capacity by field/reservoir for storage facilities owned by all 
storage companies. The Form EIA-191 filings include,bfomation that allows facilities to be designated as owned by interstate 
pipeline and other firms. 
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distribution of naaKal gas storage dpacity m the company's own'storage facilities, is reported on Form EJA-191.75 
Because storage costs are related to base gas storage capacity, the cost allocation is based on the company's regional 
share of base gas 'storage capacity relative to its total base gas storage capacity. R e g i d  interstate pipeline 
company-level costs are aggregated to the corresponding NGTpM region ndde (Equations 127 and 128). 

The regional storage costs for interitate pipeline companies are converted to per-unitcapacity costs by dividing the 
aggregate regional cost by the aggregate regional base gas storage capacity. The interstate pipeline per-unit storage 
capacity b s t  obtained for each region is applied to the non-interstate (intrastate ahd third party owners) regional 
storage capacity to obtain aeir estimated storage costs. These costs are added to the NGTDM region aggregate 
interstate pipeline company costs (FCS and VCS) to obtain the total storage facility costs (FCST and VCST) at the 
region node. 

Next, the nodelevel storage tariff is computed as the sum of fixed and variable total costsbivided by the working 
gas capacity, as shown below. 

STARn = VSUMJW-,, . (165) 

where, , 
. , STAFt,, = storageta;iff(dollarsperMcf) 

V S M  ',= total storage costs (million  dollar^) 
WGCIT,, = working gas capacity, jurisdictional and non-jurisdictional(Bd). 

n = node- 
* The todl cost of storage is defined as the sum of all fixed and variable total storage costs as shown below: 

* VSUM,, = VCST, + FCST,, (166) 

, -  

where, . 
V S M  = total storage cost (million dollars) 
VCST, = variable storage'costs (million dollars) 

* FCST, = fixed storage cost (million dollars) 
n =node .  

. To account for regdatory oversight and to-assist m stabilizing the tariffs, a check'is performed each ye& to Iimit 
the annual increase in the storage tariff to a user specified escalation rate. t his limit is impo~ed as shown m the 
following equation. .. 

S T 4 ,  = MDT(ST&, ST~-,*(l+MAXESC)) (167) 

where, 
STA%, = storagetariff(d0llarsperMcf) 

ST&., = storage tariff fram previous year (dollars per Md) 
MAXESC = maximum allowable annual escalation rate for t a rBs  [ApFndix E, (fi-action)] 

n = node 
t = forecastyear . 

This method of computing storage tariffs does not cogform skctly to industry practices; rather it conforms to-the 
representation of storage in other m a e s  of the NG?DM. .. 

. .  / 
- 

, 

'qo distribute costs regiondly, it is assumkd that reported costs represent only costs aSp5ated with storage facilities'owned' ' . 
by the company and do not include costs of storing gas in other facilities. 

. .  
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. Construction of Capacity Expansion . cos t  (Pipeline/Storage) Tatiff curves 

As part of the base-year initialimion process, the PTM constructs cost (or p&line/storage tariff) e w e s  for the 
Capacity Expansion Module. The primary criterion in determining when and where physical pipelines and storage 
facilties will need to be expanded is the need of customers purchasing firm. service to receive gas on future peak 
days: A secondary criterion is that the costs ass0ciated.with pipeline and storage expansion are kept to a minimum. 
In geheral, pipeline companies and local distribution companies (LDC) recognize that the high costs incurred in 
adding pipkline and storage capacity may lead to increased per-unit charges to customers purchasig firm service, 
which in the short-term may lead to slight decreases in consumption le9eIs. In the long-term, increased delivery 
costs may lead to much more significant demandshifts when end-use capital purchasiig decisions are affected. 

To facilitate the cost minimiwtion process m the Capacity Expansion Module, sepmte cost/tariff m e s  for 
incremental pipeline capacity expansion and storage expansion projects are developed for the incremental pipeline 
and storage service3 by the PTM and input to the Capacity Expansion Module. These cost/tariff curves relate 
incremental capacity expansion by arc (region) to corresponding pipeline (storage) tariffs. 

Thecost/tariffcurvesareconstructedthroughapr~comparabletothebase-yearinitializationproc;eduredescribed 
earlier. 'Ihe PTM has an ekogenous data input file of pipeline and storage capacity cost curves that relate capital 
cost to corresponding capacity expansion. Pipeline and storage capital cost data are developed from the incremental 
costs required to add an additional increment of capacity along a network arc or to a storage node in the NGTDM. 
These incremental costs reflect the capital costs associated with adding compressors, looping,'6 and other m v  
of expanding pipeline capacity, or the capital costs asscciated with adding new or expanding existing natural gas - 
storage fields. The PTM also obtains from an exogenous data base the operating costs, depreciation schedules, and 
other components of revenue requirements associated with pipehe'or storage expansion. The exogenous data are 
defined by region and qre based on historic industry averages. 

Construction of the pipeline capacity (storage) tarif€ cost curves is comparable to the prom& in which base-year 
trimsportation (storage) tariffs are developed. Howevea, instead of using the,existing pipeline company data bases, 
the components of revenue requirements for the capacity expansion cost curves are obtained from a separate 
exogenous dab base containing the capital and revenue requirements for capacity expansion projects. Using these 
data, together with the baseline initiali7ntion equations discussed below, the Pl%I develops the reservation fee 
asso+ited with hach level of capacity expansion provided bythe Capacity Expansion Module. The pipeline capacity 
(storage) expansion tariff curves are constructed in the base.year and are used by the Capacity Expansion Module' 
m all subsequent forecast years." 

. 

Passing Rafes to €he 'Annual now Module and Curves fo Capacify Expansion 
Module 

As discussed in Chapter 5, the FTM passes the following iteq to the Annual Flow ,Module: (1) reservalion costs 
assigned to core customers, (2) usage fees for firm transportation service, (3) minimum transportation rate for 
intemrptible service, (4) maximum trampma 'on rate far interruptible service, and (5) rates for storage service All 
PTM data elements passed to the Annual Flow Module must be converted to real dollars using the GDP deflators 
from the NEMS macroeconomic modeL Similarly, when passing the capacity expansion cost tarif€ curves to the 
Capacity Expansion Module, the rates must be converted to real dollars. 

Forecast Year Update Phase 
The purpose of the forecast year update phase is to projekt, for each subsequent year of the forecast period, the line 
items of the cost-of-service discussed above that are,used to develop E&. ~n e a ~ h  r e e g  year of the simulation, 
/ 

 ping is the construction of a pipehe parallel to an existing line' to inmase the capacity of ihe s y k .  
"The pipeline tariff is @ dollars per MMBtu-mile and the storage tarif€, includiug injection and inventory costs, is in dollars 

per h4MBtu of working gas capacity., 
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, the PTM forecasts the pipeline company-level parameters required to determine the cost of &ital, rate-base, 
operation and maintenance expense, and taxes. Additionally, arc-specific billing detennman ts are projected for the 
forecast year. These parameters are to c a l k  the arespecific (node-specific) rates using the procedure 
described m the baseyear iuitiali;crtion phase. The forecasWg relationships are discussed in detail below. 

The PTM also accounts for revenues and volumetric flows for neb capacity m the forecast year by assigning these 
pamieters to arc- or region-specifuc generic pipehe orstorage companies. ~hese parameters are forecast at the arc- 
level in subsequent years. Generic pipeline anb storage companies are discussed m more detail below. 

. , 

~ f t e r  al l  the line items of the cost-of-servi'ce ate foreigai, the PIM  proceed^ to: (1) classify line i t e k  of thecost 
of service as fixed and variable costs, (2) allocate fixed and variable costs to rate component (reservation and usage 
fee, volumetric charge) based on the rate +sign, (3)'aggregate costs to the network ardnetwork node, (4) for 
transportation Services, allocate costs to type of q c e  (firm and interruptible), and (5) compute arc-specific (node- 
specific) rates.. 

Generic Pipeline and Sforage Companies for Capacity Expansion 

The Capacity Expansion Module projects pipeline capacity expansion at the. arc level and storage expansion at the 
regional levecas opposed to d e t e m g  expansion for mdiyid~al companies. The PTM creates arc-spe&ic generic 
pipeline companies and regional, nodespecific, generic storage facilities to incorporate the effects of capacity 
expansion on an arc or node. Thus, the PTM tracks costs amibutable to capacity added during the forecast period 
separately &om the costs attributable to facilities m service m the base' year. The PTM uses an exogenous data base : 
to obtain the capital costs which Correspond to the level of capacity expansion provided by the Capacity Expansion . 
Module in the forecast year." The kxogenous data base contains costs in real dollars. These costs must be 
converted to nominal dollars m the forecast year usmg the GDP deflators provided by the NEMS macroeconomic 
model. other line items of the cost-of-service for the generic companies are derived from historica~ industry 
averages and are provided by an exogenous data base. These costs too must be converted to nominal dollars and 
also must be scaled to reflect the size of expansion determined by the Capacity Expansion Module. _ .  
The new capacity expansion expendimes allowed in the rate-base within the foremst year is derived for each arc 

. and node from the amount of incremental capacity additions determined by the Capacity Expansion Module as shown 
below. 

S 

a-2 
NCAE = C(CAPCST, - CAPCST,-,) * -Nu-/ AVAIL,) 

S 

1.2 
NCAE = C(CAPCST, - CAPCST,-,) * (EXPAND, / AVAIL=) 

I .  

. .  
(168) 

where, 
. NCAE = new capacity eipansion expenditures allowed in the rate base within the forecast year 

CAPCST = total capital cost p expand capacity (dollars) 
EXPAND = amount of incremental capacity added by the Capacity Expansion Module @cf) 

-AVAIL = maximum amount of capacity. expansion available @cf) 

(dollars) 

a = arc- 
n = node 
s = index for type of expansion, 1 = existing capacity, 2 = compression, 3 = looping, 4,5,6 = 

new pipe 

. .  
'%spital re&rements for new storage capacity expansion are deteimined from the incre.mental base gas capacity expansion 

and the wellhead price in the forecast year which is used as cushion gas to ma@tain adequate pressures. 
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The total capital cost to expand capacity at each &c is derived below. * .  

where, 
CAPCST = total capital cost to expand capacity (dollars) ’ . .  
ARCCC = capital cost per unit of expansion (dollarsday per Mcf-mile) . 

. ARCEX = dowable expansion size for an arc,@cf). 
MILES = length of transportation arc in‘miles [Appendix E) . I  

a = arc \ 

s = index for type of expansion; 1 = e&ting capacity, 2 = compksion, 3 = looping, 4,5,6 = 

An upper bound limiting the.amount of additional cap&ty ‘that &n be achieved through adding coinpression,, 
, looping, and adding new pipe is defined for each arc as a function of the bke year arc capacity. The-bounds are 

new pipe 

defined fonows: 

where, 
. ARCEX = maximum allowable capacity expansion (Bcf) 
F‘CAP.-MAX = base year design dapacity (Bcfl 

ARCFAC = arc capacity.expansion factor [Appendix E,-(fraction)] 
a = a r c  
s = expansionstep a \  

unit capital costs for expanding capacity are adjusted to reflect regional differences in costs, a i  shown below. 
\ 

ARCCC, = CCOST, * (1 :+ CSTFACJ (172) 

where, 
ARCCC = capital cost per unit of expansion ( d o h d a y  per Mcf-mile) 
CCOST =- capital cost to expand 1 unit of pipeline capacib [Appendix E, (dolkks-day per Mcf-mile)] 

CSTFAC = factor to accommodate regional diffeience m cost [Appendix E, (fraction)] 

~. 

. .  a = arc . .  
s = expansionstep 

similar to pipeme capacity expansion, capital costs for expanding storage at each node is derived MOW. 

CAPCST, = CAPCST,:, + (NODECC, * (NODEIX,-NODEEXw-, *‘l,OOO,OOO) (173) 
. .  

where, 
CAPCST = total capital cost .to expand capacity (dollars) 

NODECC = capital cost per unit of expansion (dollars per Mcf) 
NODEEX = allowable expansion size for a node @cf) 

’ 

. .  
n = node . _  

.. s = expansionstep , .  .-- 
An.upper bound limiting the amount of additional storage capacity that can be added at each node is defined as a 
function of the base year node capacity. The bounds are defined as follows: 

where, . 
NODEEX = maximum allowable capacity expansion at a giv& storage node (Bcf) . .. 
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WGCI' = jurisdictional working gas capacity in the base year @cf) 
WGCNT = non-jurisdictional working gas capacity m the base year @cf) 

NODFAC = node capacity expansion factor [Appendix E - FACTOR, (fraction)] ' 
n = node 
s = expansionstep 

For pipeline capacity expausion, the peak day reservations are set equal to the daily capacity (the macity provided 
by the Capacity Expansion,Module divided by 365 days per year). The annual flow through the pipeline is 
calculated as the capacity multiplied by a utilization factor provided by.the'Capacity ExpaIision Module or qumed 

, exogenously. For stomge.capacity expansion, the amount of gas withdrawn is set equal to the working gas capaci~. 

After the generic pipeline company transportalion and storage volumes and cost-of-service are dekmined, the geneiic 
company,is treated within the PTM as an additional arc-specific pipeline company and/? regional node-specific 
storage facility. Cost-of-service for the aggregate of a~ prior years' capacity expansion projects is projected to. the 
fobxist year according to the subsequent year's forecasting procedure discussed below. Company-level cost-of- 

* service for.the'new incremental Capacity in the forecast year are determined accozding to the base-year MMization 
procedure discussed above and added to the projected cost-of-service of the aggregate prior years' capacity. 

Forecasting Costof-Sewice l9 

.' 

' 

I .  , 

. ,  
The primary purpose m forecasting cost-of-service is to capture major changes in the composition of @e revenue 

. requirements and major changes in cost .trends through the-forecast period. These changes may be caused by new 
consauction or maintenance and life extension of nearly depreciated plants, as well k by changes in the cost and 
'availability of capital. 

The pbjection of the cost-of-service is approached from the viewpoint'of a long-run marginal cost analysis for gas 
pipeline systems. TIUS, costs that arq viewed as fixed for the puposeS of a rate case a e y  vary in the long-nm 
with one or more extemal measures of size or activity levels in the industry. For example, capital investments for 
replacement and refurbiient of exi?ing facilities are a long-nm marginal cost of the pipeline system. Once m 
place, however, theapital investments qe viewed as fixed costs for the purposes. of ratescases. 

The same is true of operations and maintenanceexpenses which, except fOi short-run variable costs such as fuel, are 
most commonly classified & fixed costs in rate cases. For example, clistomer expen.ks logically vary over time . 
based on the number of customers served and the cost'of serving each customer. The unit cost of s&g each 
customer, itself, depends on factor cost changes (e.g., wage ram), the extent or complexity of seivice provided to 
each customer, and the efficiency of the technology level employed m providing.the service. 

. .  

I 

.- 

The long-run marginal cost approach generally projects total costs as the product of unit cost for.the activity 
multiplied by the incidence of the activity. Unit costs are p r o j e  from factor cost changes combiied with time 
trends desuibmg changes m level of service, complexity, or technology. The level of activity is projected m terms 
of variables extemal to the PTM (e.g., a n n d  throughput, etc.) which are both logically and empirically related to 
the incurrence of costs. 

Implementation ofthe long-run mar@ cost approd involves forecasting regonships developed through 
studies of historical change in pipelinelstorage facility costs, accounting dgoriths, exogenous assumptions, and 
inputs from other NEMS modules. nese forecasting algorithms may be c~assied into three &tinct projected 
pipeline cost areas, as follows: c - .  .- \. 

The projection of existing and incremental rate base and capital costs 
The projection of capital-related components of the revenue requkment 
The projection of operations and maintenance expenses of the revenue requirements. 

1 
, 

79 All cost cornpone& in the forecast equations in.this section are in nominal dollar, unless explicitly s k d  otherwise. 
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The empirically derived forecasting algorithms di&ssed below'are determined for each pipeline company. . 
- -  

. Proj&tion of Rate Base and Cost of Capital I . ,  
, .  

in Table 8.4.. Long-run marginal capital bsts The approach for projecting me base and capital costs is summanzed 
of pipeline companies are reflected in changes in the. rate.ba&. Once projected, &e rate base is translated into 
capitd-related components of the revenue req*qents b&d on projections of the cost of capital, capitalization, and 
algorithms for depreciatiop and tax effects. 

. Rate-Base Components. The projected rate base in year t iscomputed as in the base year. That is, the rate base ' 
in year t is the net plant in skrvice in year t plus working capital ana transition expenses in year t. 

' .  

PRB, = GPIS; - ADD4-, + CWC, + OWC, (175) 
. \  where, . ., 

PRB = pipeline rate base before adjuslment in dollars ' 

GPIS = original capital cost of pIant in service (gross plant in service) in doilars 
ADDA = accumulated depletion, depr&on, and amortization in dollars 

CWC = cash working capital in dollars 
'OWC = other working capital m dollars 

' 

. 

t = forecastyear - \  

. The variables of the rate-base equarion are forecast by the following set of equatiok. .Fitst, gross plant in service. 
m the forecast year is determined by the prior y&s &ss plant in service, new capacity e x p ~ i o n  (& determined 
by the Cap&ty Expansion Module), current capital additions to exishg plants for replacement and refurbiihment, 
and cost associated with new facilities for complying with Order 636. Gross plailt in service is forecast as follows: 

(existing pipe). (176) GPIS,-, + BLAE, + PNEWFAC, 
GPIS, = GPIS,-, + NCAE, (generic pipe) 

, .  
where, / 

GPIS = original capital cost of plant in service (gross p h t  in service) in dollars 
NCAE = .new capacity expansion expendimes allowed in rate base within the forecast year in d o h  
BLAE = capital expendimes associated with . .  base year. capacity ' (refurbishment/r@lacement 

' expenditures)indollars. . I .  

P m A C  = COG of new facilities required-to comply wiih Order 636 (nomin;?l dollars)sO . .  

Capital expenditures associated with bask ye& capacity (refurbiient on existhg pipeline/storage) are obtained by ' 

using three available options (BLAESWT = 0,1,2). The first option (used in ~ 0 9 5 )  sets capital experidimes for 
pipeline refurbiientheplacement t6 zero. ' The second option sets refurbiient to ,be a proportion of the annual 
depreciation expense. The proportion is' a funqion 'of the age of the plant. Option three allows the user to 

' exogenously &&e total annual capita2 expendilures for rehrbishment for the whole pipeline industry. h e  industry- , 

wide expense is distributed to indiviW companies as a function of the . .  gas p&mt.in sehce. These options are 
defined as follows: 

. 

. 
option 1 (BLAESWT4): 

BLAE, = 0 
.-= 

p i o n  2 (BLAESWT=l): * 

(177) 

%ew facilities transition cost will be added to original capital cost of plant in Service, on an individual pipeline basis. See 
Appendix E (A19IYRS. ANuM191, AGSRCOSTS, SHARE-GSR-F, GSRYRS, NEWCOST-PER) for default assumptions on 
costs and depreciation schedules. 
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. . .  
. .  

Projection Component Approach 

'1.' RateBase 
. .  

a. Gross plant in service 

1. Capacity expansion costs for generic 

I I .  Replacement/refurbishment costs for 

Provided by the Capacitjr Expansion Module 

Accounting algorithm or user defined 

pipelinejstorage , .  

existing pipeline/storage . options 

. .- 

. _  
b. Accumulated Depreciation, Depletion & Existing Pipelines empirically estimated 

Amortization Generic Pipelines: accounting algorithm 

c. Cash and other working capital Empirically estimated 

d. . Transitionexpenses ' Accounting algorithm with exogenous 

e. Accumulated deferred income taxes Existing Pipelinis: empirically estimated 
, Generic Pipelines: accounting algorithm 

f. Depreciation, depletion, and Exisiing Pipelines: empirically estimated 
amortization Generic Pipelines: accounthg algorithm 

, .  

specification for r;ecovery/absorption 3 

. .  
2. Cost of Capital . , 

~. 
a. Long-term debt rate . Base year average rate, adjusted using 

b. 'Preferred q u i  rate 

! 
I 

projected bond yields 

' Base year rate (fixed) 

lncorpopte changes in d iv idenhnd yields 

' 

, .  . e  

. c. Common equity return., ' 
. .  

3. Capital Structure . Held constant at base .year values 
I .  

. .i 
c 
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BLAE, = DDA, * AQDA, / GPIS,-, 

Where, . 
BLAE = 

'DDA = 
ADD& = 

GPIS = 
t =  

' (178) 

mtion 3 @LAESWT=2): 

capital e&nditures associated with b& year qpacity (refurbishment/ replaceqnent 
expenditures) in dollars . 
depreciation, deplqtion and amortization costs in dollars - 
accumulated depreciation, depletion, and amortiqtion in dollars 
original capital cost of plant in service (gross plant in service) in dollars 
forecast year 

. 

BLAE, = BLAETOT * (GPIS,-, / INDUSTRYGPIS,-,) (179) 

where, 
BLAE = 

BLAETOT = 

GPIS .= 

t =  
-INDUSTRYGPIS = 

. .  

capital expenditures associated. with base year capacity ( r e f u r b a e d  replacement 
expnditures) in dollars 
userdehed total capital expenditure for refurbishment/replaacement for the pipeline industry 
in dom 
original, capithl cost of plant in service (gross plant in service).in dollars 
total capital cost of plant in Service .(gross plant in service) for pipeline industry in dollars 
forecast year 

. .  

Accumulated depreciation, depletion, and amorthation is given by: 

ADDA, = ADDA,-, + DDA, 

where, 
ADDA = accumulated depreciation, depletion, and amortintion in dollars 

DDA = depreciation, depletion, and amortiz@oncosts in dollars 

, 

A regression equation is used to define the annual depreciation, depletion, and amorthation for existing'pipelines, 
while an accolmting algorithm is used for generic pipelines. For existing pipelines, this expense is forecast as 
follows: 

DDA, = (l-p)*p, + p,*NETPLT, + p2*DEPSHR, 
+ p *DD& - p *(P,*NETpLT-, + P,*DEPsHRJ 

where, 
DDA = 

P07M32 = 
P =  

'NETPLT = 
DEPSHR. = 

depreciation, depletion, and amortization costs in aollars 
coefficients estimated based on .an empirical study (Appendix F, Table F4) 
estimated auto-melation coefficients (Appendix F, Table F4) . ' 
net 
ratio of accumulated depreciation, depletion, and amortization expenses to gross plaht in 
service (a m x y  for pipeline age) . 

cost of plant in service (dollars) 

A certain portion of the cost of new facilities required to comply with order 636 can also be depreciated during the 
r&overy period. Thus d'ming this pexia the depreciation, depletion, and amortization costs for existing pipeline 
are calculated as follows: 

where, 

DDA, = DDA, + PNEWFAC/NEWCOST-PER 

DDA = depreciation, depletion, and amoitization costs in no& dollars 
PNEWFAC ,= cost of new facilities required to comply .with Order 636 (nomina€ dollars) 
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. /  
NEWCOST-Pm ,= period allowing recovej of new facility costs (Appendix E) 

The net plant in servi& and the h x y  for pipeline age are defined as follow& 

(183) 
NETPLT, = GPIS,-, ADDh-, 
DEPSHR, = ADD4-, / GPIS,-, . .  

. .  where, 
GPIS = original capital cost of plant in service (gross plant in senrice) in dollars 

ADDA = accumulated depreciation, depletion, and amortization in dollars ' * 
. 

The accounting algorithm used to define the a&ual deprecktion, depletion, Bnd ainortization for generic pipelines '- 

assumes straight line depreciation over a 30 year life; as follows: * 

. .  
* I  

r=1991 . 
D D 4 = C  (NCAEs/30) , 

where, 
DDA, = depreciarion, depletion, and amortimion costs in dollars 

NCAEs = new capacity expansion expenditures occurririg in year s (in dollars) 
s = the year new expansion occurred 

t = forecastyear 
.30 = 30 years ofplant life , 

Cash working capital is set equal bzero, because historica~y it has been at or near zro. nus, 

c w c , = o  * '(185) 

where, . .  
CWC = cashworkingcapitalindollars 

Other woxising capital consists.of material and supplies, gas held ih storage, and other components that vary by. 
company. Other working capital is calculated as a function of gross plant in service, as follows: 

where, 
OWC = otherworking capitalin dollars. I 

GPIS = original capital cost of plant in service (gross plant in seMk) in dollars 
PO = estimated coefficient-on gross-plant in service 
p = estiqated auto correlation coefficient 

PI = estimatCxl -ffi@ent on price level 

p2 = I  estimated coefficient on time tiend . 
MC-PGDP, = implicit GDP price demtor (from the & & o ~ c  ~ctivity ~ ~ d e i ) ,  

, . TYEAR = year in Julian units (Le., 1995) 
CONST = estimatedconstantterm 

t = forecastyear .-= 

mote: See Table F4 in,App&iix F for derivation of coefficients and regression statistits] 

The rate base is adjusted for aa-xpnulated defmed hcome taxes and other expenses-as follows:: 
/ 

.APRB, = PRB, - ADITt .I-. TPEB (187) 

.) where, 
. -  

. .  
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APRB = adjusted pipeline rate base m dollars 
PRB = pipeline rate base before adjustment in dollars 
ADIT = accumulated deferred income taxes dollars 
TPEB = msition expense balance in dollars 

t = forecastyear 

A@ulated deferred income taxes' depends on income tax r e m o n s  in effect, differences .in tax and book 
depreciation, and the time vintage of past construction. The relationship established for-the existing pipeline is 
different from the relationship for generic pipeline. The accumulated deferred income taxes for ehting 
pipehdstorage is derived as follows: 

- ADIT, = p, + p, * ADIT,-, + p, * NEWLT, 

where, 
p,,,p1,p2 = coefficients estimated based on empirical study (Appendix F, Table F4) 
ADIT = accumulated deferred income taxes m dollars . 

NETPLT . = difference between original capital cost of plant in service and accupluiated depreciation in 
previous period (net plant in service) m'dollars . 

. t = forecastyear 

Accumulated defened incbme taxes for generic companies is calculated using an accounting algorithm. It is assumed 
that for rate making purposes, straight line depreciation (SLD) is used. However, for tax purposes, moditied' 
accelerated cost recovery system (MACRS) with a 15 U2 year schedule is used. ADIT is derived from the 
difference between two aepreciaton schedules and the tax rate. Selecting the formula used to calculate ADIT 
depends on the difference between two depreciation schedules and the book value of the asset (calculated usmg the 
MACRS depreciation schedule). The formulae are as.follows: 

ADIT, = 

ADIT,-, +@EPRMACRS,-DEPRSLJ *FRATE 

' ADIT,-, 

DEPRSL,*FRATE 

if DEPRMACRS > DEPRSL 

if D E P ~ C R S  c DEPRSL (189) 
and BOOIWL > 0 

ifBOOKVL = 0 

where, . 
ADIT = accumulated defened income takes in. dollars 

DEPRMACRS = annual depreciation expense using MACRS ' 

FRATE = federal tax rate (Appendix F, Table F4) 
DEPRSL = annual depreciation expense usmg 30 year straight line schedule 

BOOKVL = book value of plant, which is calculakd usmg straight line'depreci?ion schedule ~. t = forecastyeat 

t 

DEPRMACRS, = NCAE, '* MACRS-RATE,,,,. 
rr1991 

DEPRSL, = & NCAE, I 3 0  
rr1991 

I 

.=- where, 
NCAE = new capacity expaision expenditures occuning in year s (in dollats) 

MACRS-RATE = rate of d e w t i o n  by MACRS schedule (Appendix F, Table F4) 
s = the ye& new expansion occurred 
t = forecastyear 

/ 
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Cost of Capital. The capital-related bmponents of the revenue requirement depend upon the size of the rate base 
and the cost of capital to the pipeline company. In turn, the company cost of capital depends upon the rates of rem 
on debt and equity and the amounts of debt and equity in the o v e d  capitalization, 

Company cost of capital consists of long-term debt, prefmed stock, and common equity. The rate of return variab!es 
for debt and equity will be related to forecast macroeconomic variables. For existing pipeline, it is assumed that the 
long-krm debt rate will vary as afunction of the difFerence in the long-term debt rate and the yield on AA utility 
bonds (provided by the Macroeconomic Activity Model) in the base year, as follows: 

LTDRG = ,MC-RME’UAANS, / 100.0 + DLTDF$, 
= MC-RMPUAANS, / 100.0 + (LTDR& - MC,RMPUAANS, /100.0) . (191) 

where, 

MC,RMPUAANS, = . AA utility bond index rate provided by the Macroeconomic Actiiity Model (percentage) 
DLTQb , = difference in the long term debt +e and the $eld on AA utility bond for pipeline company 

‘LTqRi, = long-term debt rate’ [Appendix E - PLTDR, (fraction)] 

iinbaseyear . .  
i = pipekecompanyi 

, b = baseyear 
t = forecastyear 

The rate of rehnn on common equity for existing pipelines is considered to be a function of &e long-term debt rate 
and the diffaence between the long-& debt rak andathe rate 0f.retu-n on common equity m the base year. That 
i s , ‘  

where, 
CMERj, = 
LTDQ ’= 

DCMEb = 

i =  
b =  
t =  

common equity rate of return [Appendix E - PCMER, (&iction)] 
long-term debt rate [Appendix E - PLTDR, (fixtion)] 
the difference between rate of return on common equity and rate of k m  on long-terh debt . 
inbaseyear 
pipeline company i 
base year 
forecast year 

. 

8 - .  

The rate of r e m  on preferred stock for existhg pipelines is also tied tb the AA’ bond rate though the long term 
’ debt rate, as following: 

PFER, = LTDRu + DPFER, . (193) 

where, 
pFER, = 
LTDQ = 

DP- = 

i =  
b =  
t =  

rate of r e m  for prefermi stock [ ~ p d i x  E - PPFER, (i~zion)] 
long-term debt rate’ [Appendix E - PLTDR, (fraction)] 
the difference between rate of rem on preferred stock and rate of return on long-term : 
&be‘ 
pipline company i 
base year 
forecast year 

.=- 

The DPFER variable is assigned as 0.5% and kept constant for each pipeline throughout the entire forecast This value 
represents analyst’s judgement because attempts to derive it from histqrical data produced umealistic results. 

/ 
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For generic pipelines, the rate of re& on long term debt (LTDR) is de&ed.as industry average rate of return 
weighted by gross plant in service (GPIS) m the base year. In the forecast years, it is equal to the sum of the AA 
utility bond rate and a deviation constant calculated in the base year: The derivation is shown below: 

LTDR, = c 
. 1  

1 
GPIS, 

GPISj, 
I 

GPIS, 
= XWC-RMPUlkNS, / 100.0 + DLTDRJ* 

i Gplsj,b 
j .  

='MC_RMPUAANSj100.0 + c@LT&J * GPIS,, 

i Gp'sj.b 

= MC_RMPuAANS/100.0 + GLTDRO 

LTD& = 
L r n k  = 

MC-RMPUAANS,. = 
DLTDG , = 

GLTDRO = 

(194) 

industry average long-tenn debt rate for generic pipeline (fraction) 
long-term debt rate for existing pipeline company i [Appendix E - PLTDR, (fraction)] 
AA utility bond index rate provided by the Macroeconomic Activity Model (percentage) 
the difference between the long term debt rate and the yield on AA utility bond for pipeline 
company i 
deviation constant is the derived average differen= 'between the rate of long term debt and 
the yield on AA utility bond in the base year 
original capital cost of plant in service (gross plant m service) in dollars 
existing pipeline company i 
base Year 
forecast year 

The rate of return on common'equity (CMER) for generic pipelines is tied'to the AA utility bondmte through the. 
long-term debt rate (LTDR). CMER is equal to the sum of long term debt rate for generic pipeline ahd a deviation 
constant. The derivation is shown below ' 

GPIS,, . 
1 

GPIS,, + '* CGPISj, 
= c(LTDRi* 

i CGPISj, i 
. j  
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GCMERO = 

GPIS, = 
i =  
b =  

industry average common equity rate for generic pipeline (fraction) 
rate of return on common equity for existing pipeline company i [Appendix E - FCMER, 
(fraction)] 
inetry average long-term debt rate for generic pipeline (fraction) 
long-term debt ~ t e  for exist6g pipeline company i [Appendix E - PLTDR, (fraction)] 
the dif€erence between rate of return on common equity and rate of return on long-term debt 
for'pipehe company i in base year 
deviationconstant is the derived average difference between the rate of r e m  on codmon 
equity and the yield on AA utility bond m base year 
original capital cost of plant in serviq (grossplant in service) in dollars 
pipeline company i 
base year 

EINModel Documentation: Natural Gas Transmission and Distribution Model VolumeJ 



. .  .~ 

t = foiecastyear 

SimWly, the rate of re& on preferred stock (Pm) is equal td the sup of the long term debt rate for generic 
pipelines and a deviation constant It & be derived as shown below: 

I 

GPIS, 
. .  . = LTDRt + C@PFEE$& * 1 

, .  
i C Gp1Sj.b 

~. 
j 

=LTDq+GPFE&, . 
* .  

where, 
PFER, = ’ average rate of prkferred stock for generic pipelines (fraction) 

PFER, = gte of r e m  for preferred stock for the existing pipeline company i [Appendix E - PPFER, 

LTDI? = industry average lkg-enn debt qte for generic pipeline (fraction) 
LTDQ = long-term debt rate for existing pipeline company. i [Appendix E - PLTDR, (fhction)] 

DPFER, ..= the difference between rate of rem on preferred stock and rate of return on long-term debt 

GPFERO = deviation constant is. the derived average difference between the rate of rem on preferred 

. ’  (fm~tion)] 

for company ’i 

t stock and the yield on AA utjlity bond in base year 
GPIS, = original dapital cost of plant in service (gross plant m service) in dollars . 

i = pipelinecoqanyi I 

b = baseyear , 
t = forecastyear ~ 

~9 

,For existing comp&es, the values of common stock, preferred stock and long term debt are assumed to be constant 
in real d o l l q  therefore, m nominal do& these &.increased by the inflation rate for the forecast perioa: 

‘ 

p m a  = PFES~-, * GDPNFL, ’ I .  

CMESa = ma-, * GDPINFL, (197) . 

* LTDi, = LTD,-,’ * GDPINFLt . I  

where, , 
I 

, 

. G D P N ~ ,  ,= implicit GDP price.inflator rewve to previous y k  

PFES, = - value of preferred stock m nominal. dollars 
, CMESa = value of common equity in nominal dollars 

LTDh = 1ong-m debt in nominal dollars 
the Mactoeconomic ~ct iv i ty  

Model) 
.e- . i , = pipeline companj~ i 

t = forecastyear - .  .. 
The’capid structure for generic piblines are assumed constant The &ee components of capital structure . 

, (PFESTR, GCMESTR;md GLTDSTR) are defined as the average1930 capital smcture of the pipeline directly 
represented in the PTM (Appendix E - PFES, CMES, LTD), and are used, along with the adjusted pipeline rate 
base, to determine the values of preferred stock, common stock, and long term debt 
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. PFES; = GPFESTR, * APRB, 

CMES, = GCMESTR, * APRB, 
LTD, = GLTDsTl? * APRB, 

wher6, 
PFES = value of prefened stock in nominal dollars 

CMES = value of common equity in nominal dollars 
LTD = long-term debt in naninaldollars 

GPFESTR = average historical ratio of preferred stock.to @tal capital used as capital structure for generic 

GCMESTR = average historical ratio of com'mon stock to total capital used as capital structure forgeneric 

GLTDSTR = average historical ratio of long term debt to total capital used as capital structure for generic 

'pipeline (constant over forecast period) 

pipeline (&want over fore&% period) 

pipeline (constant over forecast @Pa) 
APRB = adjusted pipline rate base (dollars) . 

, .  . 

t = forecastyear 

Capital s&ctme is the percent of total capiwli;lntion represented by each of the three capital Components: long-term 
debt costs, preferred equity, and common equity. The proportions of total capitali7ntion due to c d o n  stock, 
prefemd stock, and long-term debt is COIlsidered fixed at the base-year values throughout the forecast. Assuming 
that the f ? a c t i ~  of total CapitaQzation remai~-thp same over the forecast horizon,= the weighted average cost of 
capital m the forecast year is given by: . . ~ - 

(199) . W b O q  = [(Pm*PFESJ i (CMER,*CMESJ i &TDR,*LTDSJ] / TOTCAP, . ,  

where, 
WAROR' = weighted-average before-tax -'of remm.on capital (fraction) . 

PFER **= coupon rate for prefened stock (firaction) 
PFES = value of prkferrd stock (do-) 

CMER = common equity rate of rem (fraction) 
CMES = valueofcpmmonstock(dollars) 
LTDR = long-term debtrate (fixtion) . 
LTDS = value of long-term debt (doh) . .  

' . 

TOTCAP = sum of the value of long-term debt, preferred stock, and commai stock equity 
lEquation 109 (dol@$] 

t =\ forecast year \ 

e 

Projection of Capital-Related Components of the Revenue Requirements 

The approach the projection oEcapital-related components of therevenue requkments is summarized in Table 8-5. 
Given the ratebase and capitahation projections discussed above, the components of revenue requirements are 
relatively straightforward to project The capital-related components of the revenue requireinents include total r e m ;  
Federal and State.tax credits; Federal and State income taxes; other taxes; h d  deplreciation, depletion, axid. 
amortimion costs. These a t  components are projected as follows: 

The total return is computed from the, projected wei&&i cost of capital and estimated rate base, as follows: 

. 
. 

. 

- 

- 
1 

%hangs in capital structure could be treated later as an enhancement to the PTM. This would involve consideration of. 
among other factors, ~ u r c e s  and uses of funds, dividend payout policies, and regulatory caps on how much common equity IS 
permitted in detemmn g rates. It is not clear that this enhancement would offer large benefits to the forecast. 
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Table.8-5. Approach to Projection of Revenue Requirements: Capital-Relatecl Costs and Taxes 

Projection Component 

1. Rate Base-relatd Components 

a. Total return. 

b.. . FederaVState tax credits 

c. FederaVState income. taxes 

2. OtherTaxes 

TRRl3, = WARO&*APRB, 

where, 

. Approach 

Direct calculation from projected rate base 
and rates of return 

Held constant in real terms at base year 
values 

Accounting algorithms based on tax rates 

Held constant in real terms at base year 
values 

TRRB = total return on rate base (before taxes) m dollars ' 

WAROR = weighted-averagebtax rate of return on capital (fraction) 
* APRB = djusted pipeline rate base m dollars 

. t = forecastyear - , 

The return on rate base for existing companies is broken out into the three components as shown below. 

PFENt = (-PFEqTO~AP,) * PFER, * APRB, .' (201) 

where, 
PFEN = total r e m  on preferred stock (dollars) 
PFES = valueofprefenedstock(dollars) . . 

PFER = coupon rate for preferred stock (fraction) 
APRB = adjusted pipeline rate base (dollars) 
CMEN = total return on common stock kquity (dollars) 
CMES . = value of common stock equity (dollars) 
CMER = common equity rate' of return-(fraction) 
LTDN = total return on Iong-tern de€% (dollars) 
LTDS = value of l o n g - m  debt (dollars) 
LTDR = long-term debt rate (fraction) 

TOTCAP = total capitalization (dollars) 

t = forecastyear 

/ . .  

.. . 

For generic companies the capital structure is assumed to be constant over the forecast period. Therefore, the r e m  
on rate base for generic companies (new expansion portion of pipelinelstorage)% defined using a simpler f d  

I 
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PFEN, =>(GPFESTR) * PFER, f APRB, 

. -  

CMEN, = (GCEMSTR) * CEMR, * APB, 

LTDNT = (GLTDSTR) *'.LTDq * APRB, 

PFEN 
CMEN 
LTDN 

GPFESTR 

GCMESTR 

GLiDSTR 

PFER 
CMER 
LTDR 
APRB 

t 

= total rem on prefemxi stock (dollars) 
= total rem on common stock equity (dollars) 
= total rem on long-term debt (dollars) 
= average historical ratio of prefmed stock to total capital used as capital structure for generic 

pipeline (constant over forecast period) 
= average historical ratio of Common stock to total capital used J capital structure for generic 

pipeline (constant over forecast period) 
= average historical ratio o€long term debt to total capital used as capital structure for generic 

pipeline (constant ovekforecast period) . 
= coupon rate for prefexed stock (fraction) 
= common equity rate of rem (fraction) 
= long-tam debt rate (fraction) 
= adjusted-pipeline rate base (dollars) 

r 

= forecastyear 

Total taxes consists of Federal income taxes, State income taxes, and other me+ at average rates, minus tax credits 
for Federal and State mcome taxes.. Federal income taxes and State income taxes' arq calculated in the same manner 
as in the base year (Equations 113-117) using average tax &s. The equation for atal taxes is as.follows: 

TOTAX, = FSlT, -I- OTTAX, - FSlTC, , 

where, 
TOTAX = total Federal and State mcome tax h i l i t y  (dollars) 

FSlT = Federal and State mcome tax (dollars)' 
FSlTC = Federal and State mvatment tax credits (dollars) 
OTTAX = all other taxes assessed by Federal, State, or local governments except income taxes- 

(dollars) 
t = forecastyear 

. Federal mwme tax d t s  a& assumed to r& constant 6 real terms at the base year level throughout the forecast 
and therefore they are adjusted for inflation. Other taxes relate to a combiition of ad valorem taxes '(which grow 
with .company revenue), property taxes (which m w  in Proportion to gross plant), and-all other taxes (assumed 

. constant m real terms). Other taxes are de.@rmined.as a function of the previous year's level times the inflation rate 
Erom the previous y.m. 

OTTAX, = OTTAX,-, * (MC-XDP, / MC-PGDP,-,) 

where, - 
O'ITAX = all other taxes a s k e d  by Federal, State, or local govemments except income tax+ * . (dollars) I 

MC,pGDP = implicit GDP price deflator &om the Macroeconomic Activity Model) 
t = folecastyear 

Ppjection of Normal Operating Expenses and Revenue Credits 

The remaining projected components of the revenue requirements are nonnal operating expenses and revenue credits. 
N o d  operating expenses are further dis~gregated into depreciation, depletion, and amortization expenses, total 
taxes (previously estimated above), administrative and general expense, customer expenses, and total operations and . 
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* .  

maintenance expenses. -The approach to the projection of these line items is s m  in Table 8-6. The projected 
. costs are based on long-nm marginal cost relationships in.the pipeline industry which relate cost incurrence to 

external measures of industry size or actiety and which relate unit costs to measurable changes in factor costs, the 
level and nature of the service, and technology. In some cases costs are assumed to be held constant because of 
limited resources available to develop data and develop the empirical estimates. 

The tdtal cost of service for a forecast year is. as follows: 

TCOS, = TRRB, + TNOE, - REVC, 

where, I 

TCOS = total cost-of-service (dollars) 
TRRB = total return on rate base cbefore &es (dollars)] 
TNOE = total normal operating expenses (dollars) . 
REVC = revenue credits to cost-of-service (dollars) . 

t = forecastyear 
Y 

Revenue credits to costlof-service is determined as a function of the previous year's level &es the inflation rate 
from the previous year, as follows: . .  

. .  
- 1  

I ,  

REVC, = REVC,-; * (MC-PGDP, / MC-PGDP,,,) (210) 

REVC = revenue credits to cost-of-service (dollars) '. 

' where, 

MC-PGDP = implicit GDP price de€latoc (from the Macroeconomic Activity Model) 
t = forecastyear 

The revenue requirement consists of a just and reasonable return on the rate base plus normal operatinS expenses. 

TRR, = TRRB, + TNOE, . .  (211) 
i 

where, I , .  

TRR = total revenue requirement (dollars) 
TRRB = total return on rate base cbefore taxes (dollars)] 
TNOE = total normal opeciting expenses (dollars) 

. _  t = forecastyear 

. The total n o d  o p t i n g  expenses;costs cohist of the following compgnents: 

(212) . 
L . ,  

WOE, = DDA, + TOTAX, + TAG, + TCE,. + TOM, 

where, , .  
TNOE = total normal Operating expenses (dollars) 

TOT& = total Federal and State income tax W i t y  (dollars) 
DDA = depreiiation, depletion, and amortizationcosts (dollars) 
TAG = total adxhinistrative and general expense (dollas) 

TOM = total operating and maintenance expense (dollars) 
. - TCE = total customer expense (dollah) 

_ _  t = 'forecast year . 

A<egression equation is used to define the'annual d e p r h o n ,  depletion, and'amortization for existing pipelines,' 
while an accounting algorithm is used for generic pipelines. For existing pipelines, this expense is forecast as 
follows: I ,  

. 

- I -  
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Table 84. Approach to Projection of Revenue Credits and Normal Operating Expenses , 

. 

.. 
Projection Cpmponent Approach 

1. . Revenue Credits-to Cost of Service ~ Held constant at .baseyear value 
adjusted for inflation 

.2.. Deprecktion, Depletion, and Amortization . .  Empirically estimated 

9: Administ@ve&General . . ~ Empirically estimated 
- salaries, pension benefits, regulatory 

expenses, and other expenses 

' , .  

4. Customer Expense Held constant at base-year.value . ,  
adjusted for inflation 

5. Total Operating and Maintenance Expense Empirically estimated 
. .  

. .  

- .  

' where, 
DDA = depreciarion, depletion, and amortization cos& in dollars . . 

p&l,J3z = coefficients estimated based on an empirical study CApkndix F; Table F4) 
p = estimated autoarrelation coefficients (Appendix F,.T&le, F4) ' 

NETPLT = net capital cost of plant in service (dollars) 
DEPSHR = ratio of ,accumulated depreciation, depletion, andLamo@z&on expenses to gross plant in 

A certain portion of the cost of new facilities required to comply with Order 636 can also be depreciated during the 
recovezy period. During this period, the depreciation, depletion, and amortkation costs for existing pipeline are 

service (a proxy for pipeline age) 
. .  . 

calculatedas: , 

. .  
DDA, = DDA, + PNEWFAC/NEWCOST-PER . (214) 

where, 
DDA = depreciation, depletion, and amortization costs in nominal dollars 

' PNEWFAC = cost of new facilities r e q d  to comply with Order 636 (nominal dollars) 
NEWCOST-PER = period iiuowing recovery of new facility costs (Appendix E) ' 

TJe net plant in service and the proxy for pipeline age are defined as follows: . 
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WTPLT, = GPISi-, - ADDA,-l 
DFPSHR, = ADDA,-, / GPIS,-, 

. .  . where, 
' ' GPIS = original capital cost of plant in service (gross plant in service) in dollars 

ADDA = accumulated depreciation, depletion, and amortization in dollars 

The accounting algorithm used to define the annual depreciation, depletion, and amomtion for generic pipelines 
assumes straight line depreciation over a 30 year life, as follows: 1 

where, , 

DDA, = depreciation, .depletion, i d  amortizarion costs in dollars 
NCAE, = new qpacity expansion expenditureis occurring in year s (in dollars) 

s = the year new expansion .occurred 

t = forecastyear 

.. 
- .  

30 ' = 30 years of plant iife 

For projection purposes, total customer expense is a function of last year's level times the inflation rate from the 
previous year. . .  

. TCE, = T a t - ,  * (MC-PGDP, / MC-PGDPJ (217) 

where, 
TCE = total.custbmerexpense(do~) 

MC-PGDP = implicit GDP price defIator (from the Macroeconomic Activity Model) . 

t = forecastyear - 

Total administrative and gene& costs ('I'AGJ are determined using an estimated equation and-an.efficiency 
adjustment term. The efficiency adjustment term is included to incorporate the observation that the efficiency of the 

' natural gas pipeline system has been dramatically improved as a result of the increase in competition associated with 
* . open access.= The estimated equation used for the mu3justed TAG,(Appendix F, TabkF4) is determined as a 

function of gross plant in service, labor and rental cost indices, ahd.some pipeline specific variables, as defined 
below: 

, ,  , 

 TAG,'^^ = e(%mFD, + CL'TJ * GP&, * wB, * P ~ - Q .  (218) 

where, 
, .TAGdT = total Rdministrative'and general cosk before adjusting for efficiency (1987 real dol&) 

FDi = pipeline specific dummy variable thatrepresents pipeline specific unobserved effects (equals . 
1 if pipeline,comp&y i, 0 otherwise). 

. TFQ = pipelinespecificoptinaccessvariable 
= TRNSm'* mi, where, TRNSW is industry average 'share of gas transported for others. 

[IrruuSm equals historical average shares during 1990 to 1994 (source; FERC Form 2), 

GPISQ-l = original capital cost of plant>% serhce (gross plant in .semi& at the beginning of the year) 

= MC-ECJWSP, / MC-PGDP, where MC,ECIWSP, is labor cost index and MC-PGDP; is 

. .  and is assumed to be 1.0 after 19941 - .  , I  

in dollars (used as a proxy for size of company i) . * -  .. 
. ,  . W, = reallaborcostindex,allprivate sector . 

/ 
GDP pice index from Macroeconomic Activity Model 

.PK, = rental of office space for corporations (REE'TTBLDGJ 

~"Ef'iiciency in the Natural G& IndustryP by Kevin Foies, SAIC, January 31,1995. 
0 . .  
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= rental cost index times rate of r e m  (source: DRT) 
a,,, Q = fkm-specific coefficients estimated based on empikal study (Appendix F, Table F4) 

ply pz = coefficients estimated based on empirical study (Appendix F, Table F4) 
i = pipelinecompanyindex: 
t = forecastyear 

Next, -the estimated TAG equation is used to d e t e h e  Wtal administrative and general costs which include the 
efficiency adjustment (TAG&*)). Similar methods are used for existing and generic pipelines to accomplish this. 
For both cases, the adjusted TAG equation is composed of two cost componentsi a discounted cog frontier and a 
discounted inefficiency measure., For generic pipelines, the inefficiency term-is also multiplied by the GPIS (used 
as a proxy for &e). The equations are presented below: 

Existinn pipeline: 

' 

T A ~ ~ ~ J  = (1 - ~ - 1 )  * TAG,IP"""). + (1 - d . y - 2 )  * TAGJEJTE, . (219) . 

where, 
TAG&(a = total administrative and geneml costs with efficiency adjustment for existing pipeline i in 

TAG$-) = .cost frontier of total administrative and geneml costS for existing pipeke i in year t (1987 
year t (1987 real dollars) . , I  

: real dollars) 
TAG-lEF€-% = TAG inefficiency measurement for existing pipeline i in year t (see Endnote 2) 

d, =' discount rate of TAG cost frontier [Appendix E -- TAG-DCLE-CF, (fraction)] 
a, = discount rate of TAG inefficiency for existing pipeline [~ppendix E.-- TAG-- 

' 

' (fraction)] 
i = pipelinecompanyindex 
t = forecastyeat 

Generic pipeline: 
' (220) = (1 - d,)('-') * + (1 - d$-') * TAGJEFF-Ga * GPIS,; , .  

where, 
TAG&* = total administrative and generalasts with efficiency adjustment for generic pi*line i in 

TA&@"&) = cost frontier of total administrative and gen& costs for generic pipeline i in year t (1987 

TAG-IEFF-G, = TAG unit inefficiency factor .(e.g., inefficieicy per GPIS) for generic pipeline i(~alculated 

service (gross plant in service at the%eginning of the year) 

year t (1987 real dollars) 

real dollars) #. 

in base year and kept constant in forecast years, see Endnote 2) 

in dollars (used as a proxy.for'the size of company i) 
GPIS,, = original capital cost of plant 

d, = discount rate of TAG cost frontier [Appendix E - TAG-WE-CF, (fraction)] 
d, = discount rate of TAG inefficiency for generic pipeline [Appendix E - TAG-mG, 

- . 

(fraction)] I 

, >  i = pipelinecompanyindex . .  . 
t = forecastyear . 

. .  
The cost frontier for total administfarive and general costs (TAG&h6)) is defined the same for both.existing a d  
generic pipelines: the coefficienk and dummy variables of the most efficient pipeline company are substipted into 
the-estimated equation (TAG,'-). ?'his dehes the&t cost for a company with'the same size. a e  inefficieq 
term, however, is defined differenfly. For existing pipeline, the inefficiency measurement (TAG-EFF,EiJ isdefined 
as the difference between the djusted.cost  and the cost frontier (after discounting). Thus,'the amount of 
mF-ciency is calpdated each year by subtracting the discgunted cost frontier froin the unadjusted costs. For generic 
'pipelmes, the inefficjency measurement teim (TAGJEFF-Gd ii the product of a unit inefficiency factor times a 
discount rate. The unit inefficiency factor is defined as'the inefficiency per GPIS (used as a proxy for the size-of 
expansic$. This factor is calculated as the difference between the unadjusted pipeline TAG costs and the frontier ' 

\ 
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TAG costs usmg Be.hisioricA rc verage d a  in the base year. The discom rate is applied to model the potential 
efficiency improvement in new gen:ric pipelines. 

F a y ,  the total administrative and general costs are converted to nominal dollars to be consistent with the 
convention used in this module. 

. TAG, = TAG!?' * MC-PGDP, - . (221) 

where, 
TAG, = 

TAG&a ' = 

MC-PGDP = 

total administtative.and general costs with efficiency adjustment for generic pipeline 
i in year t (nominal dollars) 
total administrative and general costs with efficiency adjustment foi generic pipeline 
i m year t (1987 real dollars) 
implicit GDP price deflator (from the Macroeconomic Activity Model) 

t = forecastyear 

As with the TAG calculations, the total operation andmaintenance costs (TOMJ are determined using an estimated 
equation and an efficiency adjustment term. The estimated equation used for the unadjusted TOM (Appendix F, 
Table F4) is determined as a function of gross plant in service, labor and rental cost indices, and some pipeline 
specifc variables, as dehed below: 

 TOW!^^ = e(%J*mt + s-1~3 * GPI~;-~ B * w,: * pI<;"-BJ (222) 

- where, 
I TOM,!""dj) 

GPISa-,., 

~n the above quition, the user cost of capital. for ampressor stations, is defined as the rental price. of capital, 
represented as: 

total operation and maintehce costs before djusting for efficiency '(1987 real 
dollars) 
pipeline &ecific dummy variable that represents pipeline specific unobserved effects 
(equals 1 if pipeline company i, 0 otherwise) 
pipeline specific open access variable 
TRNSHR, * mi, where, TRNSIIR, is industry average share of gas transported for 
others. [TRNSm equals historical average shares during 1990 to 1994 (source: . 
FERC Form 2), and is assumed to be 1.0 after 19941 
original capital cost of plant in service (gross plant in service at the begirming of the 
year) in dollars (used as a proxy for size of company i) 
real labor cost index, all private sector 
MC-ECIWSP, / MC-mDP, where MC-ECIWSP, is labor cost'mdex and 
MC-PGDP, is GDP price mdex from Macroeconomic Activity Model 
the user cost of capital for compressor stations 
firm-specific coefficients estimated based on empirical study (ApIjendix F, Table F4) 
coefficients estimated based on empirical study (Appendix F, TabJe F4) 
pipeline company ihdex 
forecast year . \  

. 

. 

. .  

where, 
/ PK; = .the user cost ofcapital-for k q m s s o r  stations 

PIPE-DEPR = assumed depreciation rate on compressor station equipment (= 0.10 annually, from 

f 
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PIPE, = Producer price index fo? compressor station equipmeit [initial valu,es of PIPE are 
1.133 (index of 1990) and 1.184 (index of 1991)]& 

REALM = the real rate of AA utility bonds 

Next, the estimated TOM equation is used to determine total operation and maintenance costs which include the 
efficiency adjustment (TOM,:@>. (Similar methods are.used for existing and generic pipelines to accbmplish this. 
For bbth cases, the adjusted TOM equation is composed of two cost components: a discounted cost frontier and a 
discounted inefficiency measure. For generic pipelines, the inefficiency term is also multiplied by the GPIS (used ' 
as a proxy for size). The equations are presented below: 

' where, 
TO&@@) = 

TOM,$-) = 

TOM-IEFF-Q = 
dl = 
d, = discount rate of TOM inefficiency for existing pipeline [Appendix E - TOM-DCLK . 

total operation andmaintenance costs with eficiency adjustment for existing pipeline 
i m year t (1987 real dollars) 
cost frontier of total operation and maintenance costs for existing pipeline i in year 
t (1987 real dollars) 
TOM inefficiency measurement for existing pipeline i in year t (see Endnote 2) 
discount rate of TOM cost frontier [Appendix E -- TOM-DCLE-CF, (fraction)] 

(fraction)] 
i = pipelinecompanyindex 
t = forecastyear 

where, . . .  
total operation and maintenanck costs.wh efficiency adjustment for generic pipeline. 
i m year t (1987 real dollar) 
cost frontier of total.opqation and maintenance costs for generic pipeline i in year 
t (1987 real.dollars) 
TOM unit inefficiency factor (e.g., inefficiency' per GPIS) for generic pipelhe i 
(calculated in base year and kept constant in forecast years, &e Fadnot6 2) 
original capital.cost of plant in service (gross,plant in service at the beginning of the 
year) in dollars -(ked as a proxy for size of company i) 
TOM-DCLE-CE discount .rate of TOM cost frontier [Appendix E -- 
TOM-DCLE-CF,  fraction)] 
discount rate of TOM inefficiency for generic pipeline [Appendix E'- TOM:DCLG, 
(fraction)] 
pipeline company index 
forecast yeat 

. .  

\ 

. .  
The cost frontier for total operating and maintenance costs (lXlw!""s"> is defined the same for both existing and 
generic pipelines: the'coefficients and d m k y  variabks of the most efficient pipeline company are substituted into 
the estimated equation (TOh!&)q. This defines'the least cost for a company with the same size. The inefficiency 
term, however, is defined differently. For existing-pipeline, the inefficiency measurement UOMJEFF-q,J is 
defined as the difference between the d j u s t e d  cost and the cost frontier (w discounting). Thus, the amount of 
inefficiency is calculated each year by subtracting the discounted cost frontier from the unadjusted costs. For generic 
p@lines, the inefficiency measurement term (TOM-IEFF-GJ is the product of a unit inefficiency factor times a 
discount rate. The unit inefficiency factor is defined as the inefficiency per GPIS (used as.a proxy for the sin3 of 
expansion). This factor is calculated as the dif'ference between the unadjustql pipeline TAG costs and the frontier 

. .  
8oSource of historical daw Bureau of Labor Statistics (1987=1.00). 

P 
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TAG costs using the historical arc average data in the base year. The discount rate is applied to model the potential 
efficiency improvement in new generic pipelines. 

I F d y ,  the total operation and maintenance costs are converted to nominal dollar to be cpnsistent &th the . 

.. . Convention in this module. ' 

where, 
TOM, = 

MC-EGDP = 
t =  

total operation and maintenance costs with efficiency adjustment for generic pipeline i in 
year t (no& ~OUIS) 
total operation and maintenance costs with efficiency adjustment for generic pipeline i in 
year t (1987 real dollar) 
implicit GDP price deflator (Erom the Macroeconomic Activity Model) 
forecast year 

Computation of Rates for Forecast Years 1 -  

Rates for the forecast years are computed using the procedures for the base-year initialimion phase discussed above. 
These procedures.include the folIowing steps: (1) classii line items of the cost of service as fixed and .variable 
costs, (2) allocate fixed and variable costs to rate component (reservation and -e fee, volumetric charge) based 
on the rate design, (3) aggregate costs to the network ardnetwork node, (4) for t m q o r m  'on services allocate costs 
to type of service (firm and inteqtiile), and (5) compute arc-.spwific (node-specific) rates. Estimation of pipeline 
costs for forecast years was presented in the previous section. Adjustment of the billing determinants in each year 
of the forecast is discussed below. ' 

The method used to.forecast billing determinants is consistent with (1) the assumptions used in the scenario 
definition, (2) the capacity factornoad factor assumptions, and (3) the incremental new capacity derived from the 
capacityexpansion algorithm. Base-yeatpkak-daybilling&~ts~notchangethrou~outtheforecastperiod 
for capacity in place m the base year. Rather,'changes in b i g  determbnts from capacity additions.will be 
capaned'through arc-specific generic pipeline companies. Forecast pipeline and storage capacity requirements are 
determined by the Capacity Expansion Module. Inmental  annual pipeline ca@city and storage requirements and 
capital cost requirements by arc provided by the €apacity Expansion Module are assigned to arc-specific generic 
pipeline companies and storage facilities. Arc-specific adjustments to billing determinants are modeled through the 
addition to baseyear volumes of incremental ann.ual and peak service volumes for each generic pipeline company. 
Annual volume billing &terminanti will change based on throughput solved for. in the Annual Flow Modqe in the 
previous year with an adjustment to include an estimate of throughput on incremental expansion in the current year 
assuming a load k t o r  provided by the Capacity Expansion Module. 

Billing determinants are detexmined, at the arc-level, by peakday desi& delivery requirements, annual firm 
transportation volumes, annual mtermptible transportation volumes, and the arc distances between regional nodes. 
Since regional growth in pipeline capacity is aggregated to the arc-level, arc distance between regional nodes remains 
constant throughout the fdrecast period. Consequently, changes in billing determinants are effected solely through 
changes in peakday design and annual naturalgas flows through each network arc during the forecast period. 

. .  

.=- 
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9. Model Assumptions, Inputs, and. Outputs 

This last chapter S ~ S  the model and data assumptions used by the Natural Gas Transmission and Distribution 
Model (NGTDM) solution methodology and also presents the da6 inputs to and the outputs from the NGTbM. 

Assumptions , .  
This section presents a brief summary of the assumpiions used within the Natural Gas Transmission and Distribution 
Model (NGTDM). Generally, there are two types of data assumptions that af€ect the NGTDM solution values. The 
first type can be derived based on histbrical data (past events), and the second type is based on experience and@ 
events that are likely to occur (expert or analyst judgment). A discussion of the rarionale behind assumed values 
based on analyst judgment is beyond the scope of this report Information on the per fomce testing of the . . 
NGTDM through variati0n.m key inputs to the model is provim in Volume II of this document (the Model 
Developer’s Report, January 3,1995), which discusses the model performance and results of sensitivity .testing.8’ . 
AU FORTRAN variables related to m$el input assumptions, both those derived from known sources and those 
derived through analyst judgment; are identified in ibis chapter, with background information and actual values 
referenced in Appendix E. 

The assumptions summarized in this section are referred to m Chapters 3 through 8. They are used m NGTDM 
equations as starting values, coefficients, fan or^, shares, bounds, or user specified p k e t e r s .  Six general categories 
of data assumptions have been defined. classification of market ‘serviCes, demand, transIllss - ion and distribution 
+mvice pricing, pipeline tariffs and associated regulation, p$eline capacity and utilization, &d supply. These 
assumptions, dong with thex variable names, ire s 

Market Service Classification‘ . .  

. 

, 

- yd below. 
< 

. .  

I ’  

Nonelectric sector natural gas customers are classified as either’ core or noncore customers, with core customers 
transporting their gas under’firm (or near firm) tmspomb ‘on agreements and noncore customers tran$orting their 
gas under mtenuptible or short-@rm capacity release transportation agreements. The residential, cokercial, and 
‘transportation (vehicles using compressed natural gas) sectors are assumed to be core customers. The transportation. 
sector is further subdivided mto fleet *and personal vehicle customers.. Industrial end users fall into both categories, 
with industrial boilers and refineries assumed to be noncore and -aU other industrial users assumed to be core. 

EI&C generator customers of natural gas are classified as either (1). core, (2) noncore, priced competitive with 
distillate fuel oil, or (3) noncore, priced competitive with residual fuel oil. The classification is based on the type 

. of electric generation boiler. The electric generation units defining each of the three customer classes modeled are 
as follows: (1) core - gas steam units or gas combined cycle units, (2) noncore priced competitive-withamte 
- dual-fired turbine units or gas h b w e  units, (3) nonwe priced competitive-with-residual fuel - dual-fired steam 
plants (consuming both ~ tu ra l  gas and residual fuel oil). 

’ 

. .  . I  

*’ 

, 

, 
. 

, ‘  

a .  

Demand 

The shares (NG-CENS~?) for disaggregating nonelecfrlic Census Division demands to NGTDM regions are held 
consht throughout the forecast period and are based on average historical relationships. 

The Alaska4 natural gas consumption levels for residential, commercial, and industrial secp~rs @quatiom 12, 13, 
1# are defined as a function of the exogenously specified number of customers and the land& costs of crude oil 

=Sensitivity testing was performed on the version of the m@el used to produce theAEO9.5. This document will not be updated . . 
’ 
to reflect the AE096 version of the NGTDM. 

. .  
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in the gment and previous forecast years (Tables FI. n). Alaskan gas consumption is disaggregated into North and 
South Alaska in order to separately compute the natuml gas production forecasts in these regions (Equations 15,16). 
The value of gas consumption m South Alaska as a percent of total Alaskan gas consumption (M-PCZSOUTH) is based 
on average'historical data, Similarly, the Alaskan lease fuel, plant fuel, and pipeline fuel consumption levels are 
tal- as historimy based percentages of total dry production in Alaska ( A K - P ~ ~ ,  A K - P ~ Z P ,  M-PCZZ.SE). 
To compute natlnal gas prices by end-use sector for Alaska, fixed markups derived fiom historid data (MS, 
AK-CA~?, MEM) are added to the average Alaskan naturaI g k  wellhead price over the North and South 'regions 
(Equation 17). .Historically based percentages and markups are held constant throughout the forecast period. 

' 

The lease fuel consumption m each NGTDM rehon is computed as an historically derived percentage of dry gas 
production (PGTLSE-SSUPL) in each NGTDWOGSM region. These percentages are held constant throughout the 
forecast period. 9 

Pipeline fuel use is derived using fhe efficiency factors associated with ekh arc in $e NGTDM network 
Exogenously specified shares are used to allocate fuel use along an interregional arc to its associated regions based 
on the relative pipelipe mileage in a given region ( N ~ M c s m ) .  These shares are held constant throughout the 
forecastperiod. . 

The NGTDM estimates ambient emissions from the pipeline fuel These emissions axe a function 
of pipeline fuel use and emissions coefficients (Equation 36). An average emission coefficient vector was derived 
for each emission type represented in MEMS, using coefficients for different types of compressors and the 1990 
national composition of compressor capacity (e.g., 23 peicent reciproCating engine and 77 percent gas Wines). 
Emission control technologies currently used in compr~sors and the national composition of the compressor Capacity 
are assumed not to change over the forecast period. Thus, the emission factors (EbgShT)  are kept cbnstant 
throughout the forecast period. 

h the Capacity Expansion .Module, p'eak and off-peak consumption levels' are calculated as exogenously specfied 
percentages of expected annual consumption levels. mese exogenous pez& and off-peak shares ( N O N P O S ~ F ,  
N O N ~ O S ~ ,  VTILPOSHR~, U T I L - P O S ~ ,  UTILPOSHR-~, m - ~ s m )  by market type and sector are estimated based 
on historical monthly natural gas consumption and are held constant throughout the forecast period. 

Pricing of Disfribution Services 

End-use prices for residential, commercial, @d&trial, transportation, .and electric generation customers are derived 
by adding markups to the regional hub price of natural gas. Each regonal end-use-markup consists of an 
intraregional -tariff (de-termined by the PTM), an intrastate @riff (WI~IA_TAR, ' ~ T N ) ,  a distribution tariff 
(endogenously defined), and a citygate benchmark factor [endogenously defined based on historical citygate prices 
(HCGPU,  HCGPRJ)]. Distribubr tariffs are defined differently for ,&e core and noncore markets. The distributor 
tariff algorithm for the core market (with the exception of the transportation sectbr) uses parameteis such as.technicaI 
efficiency p c m ~ ) ,  cost sharingpxentages (Dliu-BErAj, bypass percentage3 (LBYPASS), and debdequity shares 
WREBT), all of which are exogenously defined. The algorithm also uses exogenously ltefined cost coefficients 
(TCF-CQEFF) which represent the relative contribution of an 'annual change in demands and economic paraqIeters to 
annual change in~costs. The fleet vehicle (n? component of the core transportation sector defines distributor tariffs 

(STAX FTAX), while the person@ vehicle component defines distributor tariffs as a markup (RETpIL_ccOsI; kd 
FTAX) over the core industrial sector distributor tariff.- Noncore distributor tariffs are-determined using h&torical 

. 

" 

uskg exogenously defined historic@ data (HPGFIIIGR, HCGPR-F)), a decline rate (nW_oECL), .and S tae  and federal taxes 

estimates (IPGXNGR, HPGIELGR HPGCUGR HCGPRJ))iand eXOg&OUSly defined decline rates ( N O N U R T m R E C L  
UTLLIB_PECL, KIZDJECL)w; , 

- .  
* -  

/ . .  

%e emissions levels calcdated within the NGTDM are not the official values reported by the NEhiS s y s k  @t are . calculated elsewhere. . .  
%xrrently set to zero. 
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Pipeline Tariffs and Regulafion 
Firm transportation rates for inters* pipeline services (both between NGTDM regions and within a region) are 
calculated a s s d g  that the costs of new pipeline capacity will be rolled into the existing rate base. However, the 
test for determining whether or not to build new capacity is done based on inaemental rates. Core market 

. tranguission services remain subject to cost of sec+ice, rate of return regulation. Noncore transmission services are 
compititively priced with thepiice floor equal to the-variable cost of delivering natural gas (generally compressor 
station fuel plus a few cents). 

In the computation of natural gas pipeline transportation and storage rates, the Pipeline Tariff Module uses a set of 
data-ass&ptions based on historical data or expert judgment. These include the following: 

Fa&rs (m, ARK m, Am A W )  to allocate each company's line item costs into the fixed and 
variable cost components of the re-servation and usage fees (Equations 121 to 124, and Chapter 8 
cross-reference in Appendix G) 

Capacity reservation shares (PS, c u r r e ~ f ~ y  c o w m  throughout theforecast) used to a~& costs 
to portions of the physical pipeline systerp 

Share of a pipeline company's storage capacity located in a region (ms), used to allocate fixed and 
variable costs to network nodes (Equations 127,128) 

- 

I 

Load factor, upper bound, and maxim- allowable annual escalation rate for migs (LEACJ, 
UACJ, IMPCT, b&xkc, BASERADJ, L L U ~ I R M ,  L L U ~ ,  ~ ~ D P C T F C )  and FERC Order 636 transition 
cost parameters (SHARE,GS-F, PNUM191, PGSRCOm, PNEWFAC, PSTZZ~NDED) needed for the derivation 
of pipeline tariffs for firm and interruptible transportation Services (Equations 444 and 153) and 
storage tariffs (Equation 167) 

! 

Capacity expansion cost p k e t e r s  (ccosr) and pipe mileage { M m )  used to derive total capital 
costs to expand pipeline capsity (Equation 170)and storage capaety (Equation 173), respectively. * 

hput COeffiCients' (TAG-IEFFADJ, TOMJEFFADJ, TAG-DCLE-CF, T0M-DC.E-CF, T A G R C a  TAGJICLG, 
TOMPCLE; TOMJCLG) for efficiency components in the TAG p d  TOM calculations. 

All interstate pipeline companies are assumed to have completed the switch from modified fixed variable (Mn? to 
straight fixed variable (SFV) rate design by January 1994 to comply with Federal Energy Regulatory Commission 

. Order 636 rate design changes. Approved tranSition costs are assumed to be consistent with FERC's revised cost 
estimate as published by the General Accounting Office in "Natutal Gas: Costs, Benefits, and Concerns Related to 
FERC Order 636, Final Report," November 1993. It is assumed that the Gas Supply Realigrupent costs are recovered 
over a 5-year period beginning in 1994. Furthermore, it is assumed that 90 percent of these costs are assigned to 
f m  transportation markets and 10 percent are assigned to interruptible markets as stipulated in Order 636. Purchase 
Gas-Adjustment Account Balance (Account 191) costs are assumed to be collected over a 2-year perioa, also 
beginning in 1994. ' These costs will be paid only by core custome& 

With full implementation of FERC Order 636 and the increasing array of unbu&led services beiig offeIed by 
pipeline$, it is assumed that segmentation of the natuml gas market will-continue and ultimately lead to prices 
reflecting the marginal costs of providing service to diverse groups of end users. .The methodology employed in 
solving for the market equilibrium within the n a d -  gas market assumes that marginal costs are the basis for 

developing the supply and end-use prices paid by noncoie customers. The weighted'average cost of gas is usda in 
d@ving the cost of natural gas supplies delivered to core customers. 

! 

determining market clearing prim throughout the forecast period. The NGTDM uses the market clearing prim e .  
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. Pipeline Capacity and Utilization 

The Annual Flow M&ule linear program formulation has been developed to minimize a supply and tksportation: 
cost objective function (Equation 23) subject b the following consmhts: capacity udlixation constraints (Equations 
24-25), mass balance constraints (Equations 26-29),'and bounds on model flow variables (Equations 31-35). The 
capacity utilization constraints for the firm-markt and total market along each interregional arc set the limits on the 
flows'for the firm market and total market, respectively. These utilization levels represent the maximum fradon.' 
of the physical capacity on the pipeline that is expected to be used on an'annual bas&.' A small l%xt.ion (~WR-XCAP) 
of this capakity is assumed 6 be reserved in the eventbf severe weather. The minirhb bounds on flows along 
transshipment arcs m the firm and interruptible 'networks (Equations 31-35) are set as percentages (APCT'NE 
APCTXINZ) of flows in the previous forekist year. These minimum flows help to generate some conthiuity in flow 
patterns from year. to year. The model methodology asswi~es that pipeline and storage . .  capacities are available 2 
yean ftom the decision to add new capacity. 

In the CEM, it is assum& that pipelines and local distribution companies. build and subscribe to a portfolio of 
pipeline and storage capacity to serve a colder-than-normal winter consumption levels. This-is represented by 
building 5 to 15 percent ( w n n u ; ~ C )  more pipeline capacity than is necessary to sirpport no& winter loads (with 
lower percentages on arcs supplying areas with warmer winters). 

\ 
, .( 

d 

, 

. .  

The model represents net injections of natural gas into sprage in the.off-peak period and net withdrawals during the ' 

peak period Annual net storage withdrawals equal zero in.all foreqst years (excluding historical yeats). The 
Capacity Expansion Module is constrained by an assumed d u m  level of incremental storage capacity that can 
be built in each NGTDM region (FACTOR). . 

Several data assumptim .are embedded in the mathematical .specification of 'the linear program in the Capacity 
' Ekpansion Module; The mktrainti on the arcs from eachmpply point during both the peak and off peak periods 

( S U P - P ~  S U P - O ~  SUP-PKS&, EXP-PSHR) ensure that the production rates in a period do not exceed a plausible 
leveL The formulation ensures that pipeline capacity is built primarily.to satisfy fjrm peak demand. Exogenously . 
spe&ied seasonal maximum pipeline utili./ntion r a t e s . ( ~ ~ c - ~ m  ARC-PFZITU A R C - O ~ L Z  C A N - ~ L ~ ~ A ' ,  
CAN-UZE-PF-P) are used to capture the variation in load pattern within a period. For-canadian import arcs, 

to change during the forecast years. Throughout the forecast years, firm'and interruptible storage withdrawal'levels 
are bounded above by the maximum storage levels determined from assumed storage utili-/ntion' rates (muz7.U 
szwmiiz), and below based on a declining percentage ( A P C T X ~ F )  of historical levels. 

The Capacity Expansion Modye provides the Annual Flow Mod& and Pipeline Tariff Module with a forecast of 
working gas storage capacity, physical pipeline capacity, and maximum annual pipeline capacity utilization rates. 

. The total available pipehe capacity in a given-forecast year is calculated last year's value plus planned expansions 
(P~EW-W) and any additional expansion determiued tq be required within the modeL Assumed maximum seasonal 

. utikat@ rates (identified above) are used. together-.with peak and off-peak flows within fhm and interruptible 
markets to calculate the firm and totalannual p i p g ~ e  capacity utilization rates in the Capacity Expansion Module. 
The existing regional working gas capacity [including planned storage expansions (BGSCZ BGSCNI; W G ' ~  w m ,  
~m-xmx)]  is added to the determined level of storage expansion to obtain the regional working gas storage capacity 
levels. 

exogenously dehed growth factors (M-UTZL-GRWI, CXN-UZE~GRW2) flow the historically based Utilization rates . 
' 

' 

I 
i 

.=- 

The supply curves for domestic dry g& production (Equation 11) incofporate assumed values .of short-term price 
elasticity of supply (PARM_SUPCR~, PARM_SUPCRV~) depending on the selected functional form: In addition, these 
syaply curva are limited by minimum and maximmi levels, calculated as a-factor (P+-mXPR, P M J f I N P R )  times 
the r m e s  times the expected production-to-rmrves ratio. 

Imports from Mexico and Canada at each border crossing point are repsented.as follows: (.1) Mexican imprts are 
assumed constant and provided by the Oil i d ' *  Supply Model; (2) Canadian imports are largely d e h e d . f r o m  
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exogenously !d Canadian pipeline gacities ( c ~ c ~ )  and exogenously defbedmaximum seasonal utili7ntions 
(GiiP-mu GiiP-UTEJZAX, CXN-UlZ-GRWl, CAN-WZL-GRW2, C M - U U L Y F . ) .  Total gas bp0rt.s from Canada (Equation 
4) exclude the amount of gas that travels into the United States and then back into Canada (&~nosV,. Liquefied 
~tura l  gas imports are pmvided by the Oil and Gas Supply Model. 

Synthetic production of natural gas from &al (provided by the C o a l w h t  Model) is also represented as a constant 
. supply within the Annual Flow Module and the.Capacity Expansion Module. However, synthetic gas production 
from liquid hydrocarbons in Illinois (Equation 2), which is defined within exogenously specified minimum and 
maximum production levels (SNGMIN), is represented as a function  able le ~ 3 )  of the firm service market natural gas 
price in the East North Central Censusbivision. Synthetic gas production from liquid hydrocafbons in Hawaii is 
held constant throughout the forecast period at an assumed average historical production level (sNGHI)). F a y ,  other 
supplemental supplies (osUP-T~,  OSUP-RSHR) are held constant throughout the forecast in the Annual Flow. Module 
and the Capacity Expansion Module. 

A set of seasonal utilization parameters ( S U P Y ~ L Z  SUP-OVTILZ S~P-PKSHR, E X P - P S ~ ~ )  have been defined to split 
constant production levels into peak and off-peak categories, and to define seasonal splits for production from supply 
sources that are price responsive. .. 

' 

t 

Discrepancies that exist between historical supply and disposition level data are modeled at historical levels 
(NAlI-DISCR) in the NGTDM and kept constant throughout the forecast y h .  - 

' Model Inputs ' 

The NGTDM is a comprehensive framework which simulates the natural gas transmm * ion .and distribution industry 
in the United States as regulated (by the Federal Energy Regulatory Commission) for the pipeline tmqmtab 'on 
&ces across States (at the interstate level) and (by State Public Utility Commissions) for the local distribution I 

services within States (at the mtrastate level). The natural gas pipeline network (including storage) ties the suppliers 
to the end-users of natural gas, and captures the interactions among these institutions that ultimately determine &et 
clearing prices and quantities consumed of natural gas. The NGTDM inputs are grouped into six categories: smly 
inputs, pipeline h c i a l  and regulatory inputs, pipeline capacity and utilization inputs, storage inputs, end-use pricing 
inputs, and demapd inputs. Short input data descriptions and identification of variable names that provide more detail 
(via Appendix E) on the sources and transfonnation of the input data are provided below. 

Supply Inputs 

e 

e 

, A  
0 

0 

Supply curve parameters and historical/STEO data 
(WPRLAWN, W R L I W F ,  OGWPRNG, STOGWRNG, OGPBNG, PRNG-PmD, OGPRDNGON, O G P B N W E  WPRLAWN, 
WPRLAWE OSUP-TOZ OSUP-RSHR, PARM-SUPCRV;?, PARMSUPCRV3, PSHIITON PSHIFTOF, PSHIFT-S&4LE, SNGM, 
SNGA2) 

(OGPRSUP3, STOGPRSUP) 

(CNJRDPRW, CN-NEWCXPW, CNWELPRCXP, OGCNPPRLA OGCNVRD, OGQNGMP, OGPNGBP, CXNFLO-N, 

HistoricaUSTEO production levels for supplemental ~a iml  gas supplies 

Historical imp0q levels and prices 

C M W - S H R )  , 
Regional wellhead price benchmark variables . 
(STXRJ, STXR-6 STAROF-& STXROFJ) P 

Alaskan lease, plant, and pipeline fugl p e e t e r s  
(AK-PCTPLLT, AK2CTPIP, A K Y c n S E )  / 

Minimum and maximum production-to-reserves ratios 
(PARMi%lXP& PARM-MNPR) 
Seasonal supply shares 
(SUP-PuTILz SUP-OUTU SUPPKSIIZE, EXP-PSHR, CMFLO-PFSHR) 
Seasonal wellhead price differentials 
(PKPRCFAC, OPPRCFAC) . 

. 
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Maximup and minimum synthetic natural gas production and historical data 

Discrepancies &tween historical regional supply and disposition data 
( C m G W P ,  SNGMm SNGHI, SNG89 and Table F3) 

(TOZDISCR NAlZ-DBCR XEO-PBCR-SHR) 

Pipeline Financial and Regulatory Inputs 
e 

e 

e 

‘ e .  

e 

e 

e 

e 

Rate design specification 

Pipeline rate base, cost, and volume parameters 

Revenue requirement forecasting equation parameters 
(T4Me F4) 
Revenue crediting parameters 
(RCREDlTJ, SCALEJ”) 
Order 636 transition cost parameters 
( S W - G S U ,  PNUbf191, PGSRCOSS, PNEWFAC, PSliWNDW) 
Rate of rehim set for generic pipeline companies 
(PPFER PCMER, PLTDR, DCMER DLTDR) 
Federal and State income tax rates 
(FRATE, -) 
Parameters for interstate pipeline transppttation rates 

(ARE AFR A m  ASK ARK AFU, A W ,  ASV) 

(DDA, 
PPFER P D R  DCMER D D R  AEMJ’T“, ZWSHR, RENlBLDG) 

TAG, TCE SEOM, CSOML CSOMN. OTOM, CWC, OWC, ADIK GPB, ADDA, P h ,  CMES, LTD, REVC, PCMER, 

1 

(LFACJ, WACJ,  IExpc7; bfAXBC, BASER4DJ. UMlTlZW, UIUITXNZ PliWPClTC) 

Pipeline Capacity and Utiliizafion Inputs 
e 

e 

e 

. e  

e 

seasonal ttan4llls - sion service utilization rates and minimum flows 
(APCTMNK APCTliUIh?I, A R C J ’ m  A R C p n m L z  ARC-OVTILZ BIARC-PFSHR, BIARCPISMI. cAN_vnrz 
C i l h - U l Z L m  CAN_uTLL_GRWl, CAN-VTE-GRWZ, CAN&IL-PFJ’) . 
(AFu)Wg,  AFWW-I, AUTILZ,F, AVTIL2-T) 
Initial fkm and total’pipeline flows and utilization rates 

Existing pipeline capacity and planned-capacity additions 
( P W r n ,  Prn-W) 
Historical and plarmed Canad& import pipeline &acities 
( C A N W ,  c m )  . 
Costs of new construction 

Pipeline fuel usage parameters and historiCaVSTE0 data 

-Factors related to planning for abnormal weather 

Distance and capacity commitments by network arc 

(CCOn, EXF’FAC, CSTFAC, DELPR-CAP) 

(NEFF..lPE, UEFFYlPPE, SEFF’lPE, AEFFyIPE,AEFFJ’IPE-SCm iUEiEFE CANEm, NGpRcslzE QGPnz STQGPTR) 

WLQZFAC, W?LCYCAP) 

. (iUEES,CONDl3f) 
Emissiomfactors 
(EIKISRAT) 
Company volume shares by arc 
(PS) 

Storage Inputs 

.-- . 

Ex&ting storage capacity and planned additions 

HistoricaUSTEO net storage withdrawals and corehoncore designation 
(BGSCT, BGSCNT. BASn,  W m ,  WGCNT W O m ,  P N E W - W )  

(PKNnsnr ,  O P P N E x m  P r n r n J ,  O P P r n J ,  ihmwrn) 
I 
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seasonal u r n t i o n  parameters 

costs of storage additions ’ 

. Maximum storage capacity potential by region 

(m-m mmm) 
Share of company storage capacity by region . 
FJS)  

(CC0.X EXPFAC, CSTFAC, DELPR-SIX) 

. (FACTOR) 

. .  
End-Use Pricing Inputs 

’ Cost coefficients and other parameters us& in core distributor tariff algorithm 

Intrastatetariffs . , 

PCF-COEFF, I’YPASS, ECHEFK DlM-BETA, MINMUJ, DTm-REFIZ) 
Distributor tariff decline rates used m noncore distributor tariff calculations 
(NONV-DTM>ECL) -. . .  

(LNTRA-Tm, RViTA-Tm) 
State and Federal taxes, costs to dispense, ani other compressed natural g& pricing panmeters 
(SEXX IT‘ R.?ZML-COfl, ZWRECL)  

(HCGPRJl HCGPRJ) 

(HPGlELGR; HPGFELGR, HPGIEL-GR, HPGCWR,  H P G m ,  HPGFCM, HPGITR, HPGFlN, W G m ,  HPGICM, HPGIlR, 
HPGIEV, WGFRSGR, HPGFCMGR, HPGFEVGR, HPGFlRGR STPNGM, STPNGCM, STPNGEL) 

/ 

Historical citygate prices 

HistoricaUSTEO end-use prim 

Demand Inputs 

0 

0 .. 

Historical consumption in electric genmtion sector by core, competitive-with-residual fuel, and competitive- 
withdistillate categories 
( Q G m R ,  Q-ER QGELGR) 
Subregion gas consumption shares for Census Divisions 5 8  and 9 
(NG-CENSHR) . .  
Seasonal consumption shares 

Historical export quantities and prices 
(OGPNGEXP) .. 
Alaskan consumption and pricing parameters ‘ 
(WOP891 WPR89, AK-RiU, AK-CM, AK-, AKJ’ClSOvn% AK-C, AK>, AKJ, AKJ, AK-G and Tabk F l )  
Lease and plant fuel consumption parameters and historicaVSTE0 data 
(PCIZSE,SUPL, LpTL_scALE, WEV, STWq 
Short-term demand elasticities 
( N O M ? . J ,  N O M ? J M &  

(N0NJ’OSHR-E NONJ’OSHRJ, UTILpOSHRJ, UliZJ’OSHRJ, UTOJ’OSHR-C) 

Model Outputs . 

Once a set of solution values are d e t e d d  within the NGTDM, those values requid by other models of NEMS 
are passed accordingly. In addition, the NGTDM m a l  results are presented in a series of m t d  and’external 
reports; as outlineq MOW. 
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Outputs fo NEM§ Models 

The NGTDM passes its model solution values to different NEMS models as follows: 

Pipeline fuel consumption and lease and plant fuel consumption by Census Division (to NEMS 
PROPER) 

f .  

Natural gas wellhead prim by Oil and Gas Supply Model region (to NEMS REPORTS) .t 

Core and noncore natural gas prices by sectormd Census Division (to NEMS PROPER) , 

Dry natural gas production and supplemental gas supplies by Oil and Gas Supply Model region (NEMS 
REPORTS) 

Core and nonwre. (competitive yith distillate and residual fuel oil) natural gas prices to electric 
generators by NGTDM!EIectricity Market Model region (to Electricity Market Model) ’ . 

Dry natural gas production by Petroleum A&tfation for Defense Districts region (to Petroleum 
Market Model) 

Nonassociated dry natural gas production by NGTDWOil and Gas Supply Model region (to Oil and 
Gas Supply Model) 

Canadian natural gas wellhead price and production (to Oil and Gas Sup&y Model) 

ha tml  gas impoaS and prices by border crossing (to Oil and Gas Supply Model). 
. .  

. 

Synthetic natural gas from coal supply price by NGTDWOil’and Gas Supply Model region (to Coal 
Market Model) 

Capital expenditures for pipeline and storage expanSion (Macroeconomic Model), ” 

Internal Reporfs 

The NGTDM produces reporis designed to assist in the detailed analysis of NGTDM model results. These reports I 

include the following infomation: 

A 
‘ 

Average natural gas wellhead price by NGTDM re@& 

Natural gas hub price at each mushipment ndde, by type of service 

Natural g k  distributor tariffs and markups by end-use sector,, type‘of servia?, aid NGTDM region 

Matrices of data deqxibing. mmegional’ transmiqion. between NGTDM regions 

- FlOwSOfMhd~bytypeofser@-e  
. - Maximumphysical pipeline capaci&, 

- 
- Realized mual.pipeline capacity utilization. 

. Peak period and off-peak perikl expecplnatural gas consumption’levels by region and sector used in 
the Capacity Expansion Module 

Maximum annual pipeline capacity utilization 

’ /  

*- 

9-8 ElAlModel Do&mentation: Natural Gas Transmission and DisMbution Model Volume I ’ . . 



- I  

. Expected natuml gas supply'volumes as implied in the Capacity Expansion Module results, by Oil and 
Gas Supply Model region. 

Pipeline capacity expansion by arc 
.. 

Storage capacity expansion by region. 
. .  

1 .  

Exterflal Reports 

In addition to the reports described above, the NGTDM produces extend reports to support recurring publications. 
nese reports contain the following information: 

Natural gas end-use prices and consumption levek by end-use sector, type .of service (core and ' 

nonwre), and Census Division. (and for the.United States) . 
. .  

Natural gas wellhead prices and production levels by NGTDM region (Ad the average for the lower 
48 United Sties) ' 

. .  
Natural,gk end-use prices, margins, and revenues. 

Natural gas i m p  and export volumes and importprices 

Natural gas supply activity and prices by NGTDM region 

Pipeline fuel consumption by NGTDM region (and for the United Shes) 

Emissions of carbon dioxide, carbon monoxide, carbon, &d methane emitted from the combustion of 
natural gas at pipeline compressor stations by NGTDM region (and for the United States) 

Natural gas pipkine &pacity (entering and exiting a region) by NGTDM region and by Census 
Division 

Natural gas pipeline capacity utilization (enteriug and exiting a region) by NGTDM region and Census 
Division 

Natural gas transrmss ion and distribution revenues, activity levels, and unit costs 

Natural gas underground storage and pipeline Capacity by NGTDM region 

Unaccounted for natural gas** \ 

.=- 

* "Unaccounted for natural gas is a balancing item betsbeen the amount of natural gas consumed and the amount supplied. It 
includes reporting discrepancies, net storage withdrawals (in historical years>, and differences due to convergence tolerance levels. 
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NGTDM Model Abstract 

Model Name: Natural Gas Transmission and Distribution Model 

Acronym: NGTDM 

Title: 

Purpose: 

Natural Gas Transmission and Distribution Model 

The NGTDM is the component of the National Energy Mddeling System 
(NEP4S) that represents the mid-term natural gas market. The purpose of the 

. NGTDM is to derive natural gas supply and end-use prices-and flow pattern for . 
movements of  natura^ gas through the regional interstate network The prices 
and flow patterns are derived by obtaining a market equilibrium across the three 
main components 6f the natural gas market: the supply component, the demand 
component, and the transmission and distribution network that links them. 

, 

Status: ACTIVE 

' 'Use: BASIC 

sponsor: 

. Model Contaic Jim D'iemer 
Telephone: (202) 586-6126 . 

Office: Integrated Analysis and Forecasting 
Division: Energy Supply and Conversion 
Branch Oii and Gas Analysis, EI-823 

. .. 

Documentation: Energy Information Administration, Model Documentation of the Natural Gas ' 

Transmission and Distrihtion Model (NGTDM) of the Nation@ Energy 
Modeling System (NEMS)); DOEiEIA-MO62 (Washington, DC, December 1995). - 

Previous Documentation: Energy'Information Administration, Model Documentation of the Natural Gas 
Tranhission and Distribution Model--(NGTDM) of the National Ene'rgy 
Modeling Sygem (NhMS), DOEJl3A-MO62 (Wassington, DC, December 1993). 

' 

Energy Information Administration, Model Documentation of the Natural Gas 
Transmission and'Distribm-on Model (NGmM)'of the Nationgl Energy 
Modeling Systerp (NEMS), DOEiEIA-MM2 (Washington, DC, February 1995): 

Reviews Conducted: ' Paul R Carpenter, PhD, Incentives Research, Inc.; "Review of the 
Component Design Report Nqural G a s k a l  Flow Module (AFM) for 
the Natural Gas,Transmisswn and.Dish?bution Model (NGDM) of the 
Natiogal Energy.Mode1ing System (NEMS))," Boston, MA, Aug 25,1992 

Paul R'Carpenter, PhD, Incentives Eiesearch, Inc., "Review o€ the 
Component Design Report CapacQ Expansion Module (CEM) for the 
Natural Gas Transmission Eind Distribution Model (NGDM) of thk 
National Energy Modeling System (NEMS))," Boston, MA, Apr 30; 1993 

Paul R Carpenter, PhD,.Incentives Research, Inc., "Re3ew of the 
Component Design Report Pipeline Tariff Module (PTM) for the 
Natural Gas Transmission and Distribution Model (NGDM) of the 
National Energy Modelin; System (NEMS)," Boston, MA, Apr 30,1993 

' 

. 

' 

, .  
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Paul R Carpenter, PhD, Incentives Research, Inc., "Review of the 
Component Design Report Distributor Tariff Module (DIM) for the 
Natural Gas Transmission and Distribution Model (NGTDM) of the 
National Energy Modeling System (NEMS)," Boston, MA, Apr 30,1993. 

Paul R Carpenter, PbD, Inmtives.Research, Inc;, Thai Review of the 
. National Energy Modeling 'System @ E M S )  Natural Gas Transmission 

and Distribution Model (NGTDM)," Boston, MA, Jan 4,1995. 

. 

Archive Tapes: NEMS9Wart of the National Energy Modeling System archive package as 
aichived for the Annual Energy Outlook 1994, .DOE/EIA-0383(94)). 

NEMS95-(l?art of the National .Energy Modeling System archive package as 
archived for the Annual Energy Outlook 1995, DOE/EIA-0383(95)). , 

' . 

NEMS9Wart of the National Energy Modeling System archive package as 
archived for the Annual Energy Outlook 1996, DOE/EIA-0383(96)). 

The NGTDM models the U.S. natural g i  transmission and distribution network 
. that links the suppliers (including importers) and consumers ofnatural gas, and 
in so domg.determines the regional &et clearing Mtural gas end-use and 

> 
Energy System Covered: 

. supply (including border) prices. 

Coverage: 0 

. I  

0 

Data Input Sources: I 0 

(Non-DOE) 

0 

Geographic: : Demand.regions are the 12 NGTDI$ regions, which are 
based on the 9 Census Diaions with Census Division 5 split further 
into South Atlantic and Florida, Census Division 8 split further into 
Mountain and ArkondNew Mexico, and Census Division 9 split further 
into California and Pacific.with Alas@ and Hawaii handled sepakely. 

Time Unit/Frequency: Annually through 2015 

Product(s): Natural gas 

Economic Sector(s): Residential,. commercial, mdustrial, electric 
generators and msportation 

National Oceanographic and Atmospheric Administr$tion (NOM) 
- Heating &gee data 

The Potential for Natural Gas in the United States (National Petroleum 
Council, December, 1992) 
- Pipeline capacity expansion cost estimates 

Federal Offshore Statistics, OCS Report, MMS/oo68 
- Offshore gas production and market values 

7 

Canadian Petroleum Association Statistical Summary 
- Chn&& natural gas wellhead price and production 

Alaska Department of Natural Resources . 
- St& of Alaska historical and projected oil and gas consumption. 

Information Resources, Inc., "Octane Week" 
- State vehicle naturai gas (VNG) taxes 

. .  
t . .  
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Data Input Sources: 
(DOE) 

Forms and Publications: 
I 

EIA-23, "hual Survey of Dbmestic Oil and Gas Reserves" 
- AnnualeStimate of gas reserves by type and State 

. ,  
I 

EIA-176, " h u a l  Report of Natural and Supplemental Gas Supply and 
Disposition" . 
- Annual natural gas sources of supply, consumption,' and flows on 

the interstate pipeline network 

EM-860, "Annual Electric Generator Report" 
- Electric generators plant type and code infomation, used in the 

classification of power plants as core or noncore customers. Data 
from this report are also used in the dexivation of historical prices 
and markups for hrm/intermptible service. 

EM-767, "Steam-Electric Plant Operation and Design Repor&" 
- Electric generators plant type and Wier informarion, by month, 

used in the classification of power plants as core or noncore 
customers. Data from this report are also used in the derivation of 
historical prices and miirkups for tiqnhinterruptible service 

EIA-759, "Monthly Power Plant Report" 
- Natural gas consumption by plant code and month, used in the 

classification .of power plants as core or nonmre customers. ~ a t a  
from this report are also used in the derivation of historid prices 
and markups for hrm/intemrptible service 

- 
' 

Rate case filings under Section 4 of the Natural Gas Policy Act, as 
submitted to FERC by each pipeline comp&y 
- Contract demand data and cost allocation by pipline company 

- Gross domestic product and implicit p&e &flator 
A h a 1  Energy Review, DO€kIA-0384 

FERC Form 2, "&ual &port of Major Nahml Gas Companies" 
- Financial statistics of major interstate natural gas pipelines 
-. Annual purchasedsales by pipeline (volume a d  price) 

ERC-567, " A ~ u a l  HOW Diagram" 
- Pipeline capacity and flow information 

, ' 0  Federal Energy Regulatory Commission WRC) 
.- FERC Urder 636 ttansition costs 

' 0  EIA-191, "Underground Gas Storage Report" . ,  
- Base gas.and working gas storage capacity and monthly storage 

inj-n and withdrawal levels by region and pipeline'company 

EIA-846, "Manufacturing Energy Consumption Survey" 
- Base year average-annual core industrial end-use pnces 

: Capacity and'Service on the Interstate Natural Gas Pipeline System 
1990, DOEEIA-0556 
- Rpeline capacity and capacity reservations by customer. 
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A 4  

Natural Gas Monthly, DOE/E1A-0130 
- Base year histo&al quantity and price data 

Models ahd other 

National Energy Modeling System (NEMS) 
- Domestic supply, import&, and demand representations are provided 

' as inputs to the NGTDM from other NEMS models 

. Interstate Natural Gas Pipeline Data System (PIPENET) 
- h,ter-regional pipeline capacity 
- Contract dhanddata 

General Output 
Descriptions: . Average natural gas endiuse prices i d  consumptions levels by &tor 

and region 

Average natural gas supply prices and production levels by region 

Compressor stafion emissions of C, CO, COP CH,,.and VOC rkported 
as carbon by region 

Pipeline fuel consumption by region 

, Pipeline qac i ty  additions and utilization levels by region ' 

. 0 Capital mvestment in pipeline construction. . 

Related Models NEMS (part of) 

Part of Another Model: . Yes, the National Energy Mckeling System (NEMS). 

Model Featuks: Model Structure: Mod&, four.major components: the Annual Flow 
Module (AFM), the Capacity Expansion Module (CEM), the Pipline 
Tariff Module (PTM), and the Distributor Tariff M w e  @TM) 

- AFM Integrating module of the NGTDM. Simulates the & 
gas price determination process by bringmg together all  
major econmic and technological factors that influence 
regional -_gas trade in the United States 
Develops pipeline and storage facilities capacity and 

. capacity expansion plans, and establishes effective 
maximum utilization rates for each pipeline mute based on 
a seasonal analysis of supply and demand capabiity 
Develops firm/interruptible tariffs for transportation and 
storage services provided by interstate pipeline companies 
Develops markups for distribution services .provided by 

- CEM 

- PTM 
- DTM 

-f L;Dc's and intrastate pipeline companies. 

Modeling Technique: 
- AFM Lmeirprogram 
- CEM Lmearprogram 
- PTM Accountingalgorithm 
- DTM EmpiriCalproces~ . 

\ 
i 

I 
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Special Features: 

Model Interfaces: 

Computing 
Environment: 0. 

0 

0 

0 

0 

status of 
Evaluation Efforts: 

Date of Last Update: 

. .  
- Represents interre#onal flows of gas and pipeline capacity 

constraints 

- Represents regional supplies 

- Represents different types of transmission service (firm and' 
intemptible) 

- Calculates emissions associated with pipeline fuel use . .  
- Determines the amount and the lm.tion of pipehe and storage 

. .  facility capacity'expansion on a regional basis .. ' . 

~ - Capturestheecohomictradeoffsbetweenpipeline capacity additions 
and increases in regional storage capabity 

- Provides a peak/off-peak, or seasbnal analysis capability in the area 
of capacity expinsion 

- Quantifies kapital investment in capacity expansion 

- Distinguishes end-use customes by type (core and noncore). 

W S  

HardwareUsed: RS/6000 . 
operatingsystem: UNIX 
Language/Software used: FORTRAN' 
MemoryRequirement: unknown 
Storage Requirement: 444K bytes for input data storage; 1162K bytes for source 
code storage; and 9OOOK bytes for compiled code storage 
Estimated Run Time: 

for CEM 2.7 CPU sec6nd.s per forecast year 
for AFM 1.0 CPU seconds per forecast year in 1st iteration 

0.6 CPU seconds per forecast year in subsequent itgrations 
Special Features: NGTDM uses a proMetary software package, 0ptimi;mtion 
and Modeling Library (OW) distributed by the Ketron Management Science 
Division of the Bionetics Corporation: This is a specially designed linear 
programming interfbce that is callable from FORTRAN. 

Model developer's report entitled "Natural Gas Transmission and Distribution 
Model, Model Ikveloper3 Report for the National Energy Modeling System", 
dated November 14,1994. 

September 1995. 
..= I 

. .  
ElAIFIlodel Documentation: Natural Gas Transmission and Distribution Model Volume I . .  A 5  

1 . 1  



. .  

'. . 

.=- 



I 

.*- 

I AppendixB 

References 

. .  



, 

.=- 

, 



.. . 

/ 

References 

American Gas Association, Introduction to the AGA-TERA Erkrgy Modeling System (Arlington, VA, 1991). 

Argoxlne National Laboratory, NES Environmental Assessment Model (A?ESW): AlVL Techical Memorandum 
-(1991b, forthcoming). 

Barcella, Mary, "Natural Gas Distribution Costs and Efficiency Implicitions for Regulation,." as presented at 68th 
Annual WEA Conference, June 23,1993. 

Beltramo, Mark, Alah S. Manne, and John-P. Weyant, "A Mrth American Gas. Trade Model (GTM)," Energy. 

Blitzer, Charles,, Final Report on Canadian-US. Natural. Gas Trade (Cambridge, W k  MIlT Center for Energy 
,Policy Research, October 1985). ~ 

Carlh, Dennis W. and Perloff, Jeffrey M., Modern Industrial Organization (Scott, Forepan and Company, 1?90). 

. Carpenter, Paul 'E, "Review .of the Gas Analysis Modeling System (GAMS), F i  Report of Findings and 
Recommendations" (Boston: Incentives Research, Inc., August 1991). 

Decision Focus Incorporate, Generalized Equilibrium Modeling: T@ Methodolo& ofthe SRI-GULF Energy Model 
(Pal0 Alto, CA, May '1977). 

' Journal, July 1986.. 
. .  

a 

I .  

. 

. 

Energy and Environmental Analysis, Gu@ to the Hydrocarbon Supply Model, 1990 Update (Arlington, VA, October 
- . I  

1990). 

Energy Information Administration, "Analytical Framework for:a Nahual Gas Transnission and Distribution 
Forecasting System," prepared by SAIC for the Analysis and Forecasting Branch within the Reserves and Natural . 
Gas Division of the Office of Oil &d Gas (Washington, DC, March 1991). 

. 

. En,ergy Information Adminis&on, Annual Energy Outlook, 1992, DOE/EIA-o383(92) (Washington, DC, January 
-- 1992). 

. Energy Information Administration, Office of Integrated Analysis and Forecasting, "Basic Framework & Onshore 
Lower 48 Conventional Oil and Gas Supply, Component Design R e m "  Draft (Washington, DC, January-1993). 

Energy Information Administration, Office of Integrated Analysis and Forecasting, "Basic Framework & Onshore 
Lower48 Conventional Oil and Gas Supply, Component Design.kport," Draft (Washington, DC, April 1992). . 

Energy Jnfo&tion Administration, Capacity and Service on the Interstate N&ral Gas'Pipeliine System, 1990: 
Regional Profiles and Analyses, DOEMA4556 (Washington, DC, June 1992). 

I .  t 

. Energy In€ormation Administration, Coal Supply and Transportation Model (CSZM) Model Documentation, 
DOEEIA-M048 (Washington, DC, November 1991). 

*- .. 
Energy hformation Administration, Office of Integrated Analysis and.Forecasting, "Component Design Report, 
Natural Gas Ahual Row Module for the Natural Gas Transmission and Distribution Model of the Narional Energy 
M9l ing  System" (Washing&, DC, June 25,1992). 

Energy Information Administration, Documentation of the Gas Analysis Modeling System, DOE/EIA-M044(92) 
(Washington, DC, December 1991). 

, .' . .  

ElAlModel Documentation: 'Natural Gas Transmission and Distribution Model Volume 1 . B-1 . '  
. 8 



Energy Informarion Administration, Office of Integrated Analysis and Forecasting, "Component Design Report, 
Capacity Expansion Module for the Natural Gas Transmission and Distribution Model of the National Energy 
Modeling System" (Washington, DC, December 29,1992). 

Energy Information Administration, Office of Oil and Gas, "Effects of Interruptible Natural Gasservice: Winter 
1989-1990," (Washington, DC, July 1991). 

Energy Informarion Administration, Office of Integrated Analysis and Forecasting, "Electricity Fuel Dispatch,. 
Component Design Report," Draft.(Washington, DC, March 1992). . . .  

. .  
Enkxgy Informarion Administration, lib Evaluation of Problem Formulations .and Mkhematical Programming 
Softwm for the Gas Market Model of W S , "  Prepared by SAIC for 'the Office of Integrated Ahalysis and 
Forecisting (Washington, DC, April 1992). 

Energy.Information Administration, Office of Integrated Analysis and Forecasting, "Component Design Report, 
Natural Gas Annual Flow Module for the Natural Gas Transmission and m,tiibution Model of the National Energy 
Modeling System" (Washington, De, January 11, 1993). 

Energy Information Administration, OEce of Integrated Analysis and Forecasting, "Component Design Report, 
Pipeline Tariff Module for the Natural Gas Transmission and Distribution Model of the National Energy Modeling 
System" (Washington, DC, December 29,1992). 

I 

Energy Information Adminisfration, Office of Integrated Analysis and Forecasting, "Electricity Fuel Dispatch, 
Component Design Report," Draft (Washington, DC; March 1992). 

Energy Information Administration, G a T t :  Methodology Desrription, DOE/EIA-O103/10(WashingtonY DC, Augmt 
1978). . . 

\ 

. I  

Energy Information Administration, Growth in Unbundied Natural Gas Transportation Service: 1982-1987; 
DOE/EIA-0525 (Washington, DC, May 1989). 

Energy Information Aks t ra t ion ,  Office of Integrated Analysis and Forecasting, "Electricity Fuel D6patch, . 
Component Design Report," Draft (Washington, DC, March 1992). 

. 

Energy &formation Administration, Intermediate Future Forecasting System, LjOE/EIA-0430 (Washington, DC, 
October 1983). 

Energy Information Administration, Inventory of Power Plants in the United States: 1990; DOE/EIA-0095(90) 
(Washington, DC, October 1991). ' , 

Energy Information Administratibn, Manufacturing Fuel-Switching Capability, DOE/EIA-0515(88) (Washington, DC, 
September 1991). 

Energy Inforihion Administration, Model Methodology and Data Description of the Production of Onshore Lower- 
48 Oil and Gas Model, DOE/EIA-M034(92) (Washirigton, DC, April 1992). 

Energy Information Administration, "Natural Gas 1992 Issues and Trends," J?OE/ELA-o560(92) (Washington, DC, 
March 1993). .= 

1 

Energy Information Administration, Natural Gas Annual: 1991, DOEIEIA-0131(91) (Washington, DC, October 
' 

192). 

Energy Information Administration, Office of Integrated Andysis and Forecasting; "Requirements for a National 
Energy Modeling System," (Working Paper)(Washington, Ik, May 1992). 

. .  

EIAModel Documentation: Natural G& Transmission and Distribution Model Volume I' 1 8-2 



Energy Information Administration, Office of Integrated Analysis'and Forecasting, "Requirements for a National 
Enqgy Modeling System," Working Paper (Wvhington, DC, May 1992). 

Energy Modeling Forum, "North American Natural Gas eke t s , "  EMF Report 9, Volume II (Palo Alto, CA: 
Stanford University, Febr&y 1989). 

Forbes, Kevin, Science Applications International Corporation, "Efficiency m the Natural G& Industry? Task 93-095 
Deliverable under Contract No. DECACO1-92-EI21944 for Natural Gas Analysis Branch of the Energy Information 
Administration, January 31, 1995. 

Gartman, John A, Public Service Electric & Gas Company, "Prepared Testimony Before the U.S. House of 
Representatives Subcommittee on Energy and Power" (Washington, DC, July 8,1992). 

Gas Research Institute, "Analysis of GRI North American Regional Gas Supply-Demand Model," North American 
. *  r 

Natural Gas Markets: Selected Technicakhdies, EMF Report 9, Volume III (Palo Alto, CA, April 1989), pp. 191- 
194. 

e 
h 

Gas Resquch Institute, North Anierican Natural Gas Markets: Selected Technical Studies, "Analysis of GRI North 
Amer iy  Regional Gas Supply-Demand Model," EMF Repon 9, Volume III (PaIo Alto, CA, April 1989), pp. 191- 
194. '. 

Greene; W m  H. Econometric Analysis (New Yo& MacMiUan, 1990): \ .  

Grenier, Edward J., Jr., "Restructuring and the End User: Bumps in the New Road," Natural Gas, Vol. 8, No. ll., 
June 1992, pp. 5-7. 

Logistic Management Institute, The Integrating Model of the Project Independence Evaluation Systm, Volume II- 
Primer (Washington, DC, March 1979). 

Nesbitt, Dale M., et. aL, Decision Focus Incoqorated, "Appendices for the GRI North AmeriCan Regional Natural 
Gas Supply-Demand Model," prepared for Gerald Pine.of Gas Research Institute.(Los h o s ,  CA, February 1990). 

. 

U.S. Department of Energy, National Energy Strategy, Fmt Edition 1991/1992 (Washington, X, February 1991). 

Wharton Econometric Forecasting Associates, WEFA Natural Gas Service Long-Tern Forecast @ala Cynwyd, PA, 
w i n k  1992). 

, I  . .  

I 

ElArrmodd ,Documentation: Natural Gqs Transmission and Distribution .Model Volume I BS 



r 



Appendix ,C 

Model D.ocumentation Reports NEMS 

. .  I 

. .  

, 

' .  

.=- - .  

'. 

. ' I  

, .  I 





NEMS Model Documentation Reports 
, ’  

. .  
The National Energy Modeling System is documented in a series of-15 m&el documentationrepa, most of which 
are updated on an annual basis. Copies of these r epas  are available by contacting the National Energy I n f d o n  
Center, 202/586-8800. 

Energy Information AdminisWon, Natwnal Energy Modeling System Integrating Module Documentation Report, 

Energy Information Administration, Model Documentation Report; Macroeconomic Activity Module ofthe Natwnal 
Energy Modeling System. 

Energy Information Administration, Documentation of the D.R.I. Model oft& US. Ecqnomy. 

. *  DOE/EIA-M057. 

Energy Information Administration, National Energy Modeling System International Ekrgy Mo&l Documentation 
Report. 

I 

Energy Information A&n$tration, World Oil Refining, Logistics, and Demand Model Documentation Report. 

’ Energy Information Adminiitration, Model Docqmentation Repon: Residential Sector Demand Mddule of the ’ , 

National Energy Modeling System. . 

Energy ldormation Administration, Model Documentation Report: Commercial Sector Demand Module of the 

* 

, .  Natiohl Energy Modeling System. . .  

Energy Infomation Administration, Model Docuchekatwn Report: Industnbl Sector Demand Module of the Natwnal 
Energy Modeling System. 

Energy Information Administration, Model Docuktation Report: Transportation Sector .Demand Module, of the 
~ National Energy Modeling .System. 

Energy Infontiation Adminiitration, Documentation of the Electrice Market Module. 

.~ 

. -  

Energy Infoktion Adminis&on; Documentation of the Oil and &as Supply Module. 

Energy Information Administration, EL4 Model Documentatwn: Petroleum Market Module of the National Energy 
Modeling System. 

Energy Information Administration, Model Documentation: Coal Market Module. 
- . .  

Energy Informa&on Administ@on, Model Documentation Report: Renewable Fuels Module. . 
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Alternative Modeling Approaches 

During the desigb phase of the NGTDM, a survey-was conducted of models md'modeling approaches W i g  used 
throughout the industry to h i lye  and fore&% natural gas transmission and distribution activities. These approaches, 
alongwith other general modeling approaches, were considered as possible candidates for the NGTDM design. This 
appendix provides an overview of the methods and modeling techniques considered. First, the modeling techniques 
employed in several different natural gas transmrs ' sion and distribution models are reviewed. Second, modeling 
approaches used m models not specifically designed for natural gas tranSmission and distribution, but which could 
be applied to this area, are discussed. F a y ,  conclusions based on the research and comparisons between other 
models and the methodology selected for the NGTDM are presented. .. 

Other Natural Gas Transmission and Distribution Models . 
The'natural gas trausmm - ion and distribution industry is a segment of the complex natural gas 
production/delivery/demand system, and therefore is usually modeled as part of a larger, overall modebig system. 
Because the market structure of the tmpission and distribution industry is rapidly evolving, most representhions 
developed in the past are no longer adequate. Several of the models reviewed have detailed supply and demand 
representations, with fairly simple mechanisms for linking the two. Others have incorporated mechanigIls for dealing 
'with such issues as capacity expansion and the unbundling of transportation services, but none offers a 
comprehensive modeling treatment of the transrmssl - 'on and distribution industry as a whole. Additionally, none of 
the models reviewed addresses the issue of the environmental impacts associated with the transmrs sion and 
distribution of natural gas. It was ultimately decided that there were no models in existence that could be used eitper 
intact or as a base to begin with and modify for the development of the NGTDM. Although it would have been very 
difficult to develop a model that addresses all of the regulatory issues and complexities-of the industry, the design 
of the NGTDM considered d e s i l e  features of all the modeling approaches reviewed, and the resultant model 
provides a more comprehensive analysis tool than any other models available. This section provides an overview 
of the other natural gas models that were considered. 

Gas Analysis Modeling Systeh (GAMS?' 
. ,  

EM'S previous model of k e  natural gas market is the Gas Analysis Modeling System (GAMS), a -pu&-based 
partial equilibrium model used to analyze the U.S. natural gas production/delivery/demand system. GAMS produces 
annual forecasts through 2010 of naturaI gas produdion, consumption, and. prices. GAMS interacts with a separate 
supply component which represents the various available sources of natural gas supplies and separate demand 
components that represent natural gasconsumption by end-use sector and Federal region. GAMS consists of a 
mechanism for representing the costs and losses associated with the trammiqion and distribution of natural gas and 
an iterative equilibration process bat solves theentire system to determine the wellhead and end-use prices at which 
an overall supply/demand balance can be achieved. Although the model can be nm m a stand-alone mode, it is 
primarily used as the natural gas module within the Intermediate Future Forecasting System @;FS),w a modeling 
system representing the supply and demand response with al l  the primary U.S. energy markets. The GAMS 
demand representation is provided through lFFs by the Demand Modeling System @EMS), for the non- electric 
generators demand sectors, and by the Electricity Market Model (Eh4M) for the electtic generators sector. The 
representation of onshore Lower4 natural gas prodpion is provided through direct linkage with the Reduction 

' 

.- 

. .  . .  . _  
/ 

-or complek documentation of GAMS, see Energy Information Administration, Documentatwn ofthe Gas Analysis Modeling 

q o r  more information on IFFS, see Erie Information Administration, Documenta.tion of the Integrating Mod& of the 
System, DOE/EIA-M044(92) (Washington, DC, December 1991). 

.Intermediate Future Forecasting System, DOE/EIA-M023(91) (Washington, DC, May 1991). 

. 
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of Onshore Lower48 Oil and Gas Mdel  (PROLOG)?' Supply estimates for other sources of gas are either set 
exogenously or determined endogenously via additional supply submodules, 

GAMS was developed in 1982 and 1983 when the complex sys& of price ceilings in effect under the Natural Gas 
Policy Act (NGPA) of 1978 covered both interstate and intrastate wellhead purchases of natural gas. The 
categorization of gas under the NGPA and the contractual nature of the MW gas market that existed at the time 
were @nary factors in the early structure of the model. The laws and regulations concerning the natural gas market 
have changed rapidly in support of deregulation and increased competitiveness (for a detailed discussion on industry 
background, see Appendix C). The GAMS model has subsequently undergone a number of methodological changes, 
to r epmat  the active spot market, the deregulation of wellhead gas prices, and the increase in com&itive pressures 
throughout the industfy. 

In the original version of GAMS, a detailed pipeline network consisting of 17 pipeline systems was used to reconcile 
supply and demand in the market equilibration process. This network represented sales of gas €tom the wellhead, 
through piplines, to distributors, and to end-users. Physical movement of gas through the system was not tracked, 
and pipeline capacities were not accounted for. Reserves were dedicated to the individual.pipeline systems and 
drawn down, as produced, through an elaborate accounting mechanism that tracked gas by NGPA &gory and 
contract tenns and conditions. The sales structure allowed for analysis of alternative wellhead contract prichg 
schemes and their effect on the natural gas market. In order to represent both the increased spot market activity and 
the growing competition within the marketplace, GAMS was subsequently modified to include a'pwl of spot or 
decontroUed gas available to.all pipelines. Reserves were no longer treated as dedicated to individual pipelines. 
GAMS was also revised to reflect changes in producer contracts, with contlacts treated as respondent to market 
conditions and new contracts excluding take-or-pap restrictions. 

As a result of increased compet@ion and the unbundling of pipeline sales and transpottation-services, the cost-of- 
service repmentation of bund@ rates originally used to represent tariffs within GAMS was no longer representative 
of the market. The tariff component in GAMS was replaced with a simple mechanism that calculates end-use prices 
by adding exogenously determined regional transrms ' sion and end-use distribution costs (which are fixed throughout 
the forecast) to the national average wenhead price. Competition was represented by allowing these costs to be 
discounted in the industrial and electric generators sectors. As pricing distinctions reqxhsive to market conditions 
between different levels of tmmm - ion and distribution service developed, the diffekt levels of service were 
represented by expanding the level of electric generators sector de@. The electricity market module 0 
provides demand curves p GAMS in the form of step functions defined by a set of price/quantity pairs. The steps 
on the curves simulate the effect of largescale fuel switching and changes in the plant dispatching order by electric 
utilities. To model the price variation associated with different dvels of service, these demand curves were redefined 
to represent three categories of electric generator plant types as follows: (1) core customers assumed to purchase 

service and pay the highest mtes, (2) nOncOre customers assumed to purchase interruptible seMce and pay lower 
rates, and (3) customers with fuel switching capabilities sometimes offered discountedrates based on mlk t ing  fuel 
prices. In contrast to the detaiIed electric generators demand representation, each regional demand curve provided 
to GAMS by DEMS for the non- electric generators sectors is defined simply by a unique reference pridquantity 
pair and an associated elasticity. 

Transmissioddistribution losses and pipline fuel use are taken into account within GAMS during the supply/demand 
q u i l i i o n  process by applying factors based on historical data to total throughput. The equilibrating process 
includes the f o l i o ~ g  steps: (1) estimating a n a t i o ~  wemead price (the initial estimate is the previous year's 
solution price, and subskquent estimates are based on the previous iteration's price), (2) adding appropriate markups 
(representing - - ion and bistribution tariffs) to arrive at regionavsectoral end-use prices, (3) evaluating end-use 
consumption levels at these prices using the apprqnia& demand curves,'(4) summing these consumption levels and 
adding Io& to arrive at the amount which would be demanded at the wellhead given the estimated wellhead price, 
and (5) comparing this aggregate consumption (plus losses) to the level (provided by PROLOG) that-would be 
supplied given the estimated wemead price. E the calculated consumption is not hthin a specified to~erance of the 

-"For more info&n on PROLOG, see Energy Wormation Administration, "Model Methodology and Data Description of 

9+e-sir-pay contract restrictions r&quired a pipeline.to pay for the specified quantity of gas whether or not it could be resold. 
the Production of Onshore Lower48 Oil and Gas Model," DoE/EIA-M034(91),(Washington, DC, April 1991). 

I 

.. 

, -  
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conesponding supply level, a 'new wellhead price is estimated and the process is repeated until convefgence is 
achieved. 

Data Resources, Inc. (DRIY 

The DRI natural gas market analysis is done in conjunction with an overall analysis of the entire U.S. energy sector. 
The principal models us@ are short-term naftval g& spot price and demand models, a longer term U.S. and regional 
enkgy model (which has detailed sectoral demand submodels), and a U.S. oil and gas drillingtproduction model. 
Annual forecasts through 2010 are.provided for 11 regions based on'Census regions and subdivkiions of Census 
RgiOXlS. 

The DRI modekg s y s k  uses an iterative process (based on achieving a wellhead pridresidual fuel oil price ratio 
that is deemed to reflect accurately free-market supply/demand influences) which determjnes average regional 
wellhead gas acquisition prices and then applies region- and sector-specific markups to &ve at end-use @&. ' 
Average natural gas prices are project& for U.S. domestic wellhead gas (based on spot, contrkct, and regulation- 
influenced gas prices) and for Canadian and LNG imports. These prices are'then combined into regional 
"aquisition" prices, based on th;..varying volume weights of each gas source in the region. Region- and &or- 
specific m p s  are then applied t6 each regionrs average acquisition cost to anive at each sector's end-use $rice 
for the region. The markups are intended to capture the transmission, distribution, and other-3elivery &sts for each 
sector in each region. The markups are based on historid EIA data Thus interstate pipeline transrms sionratesare 
not separately and specifically estimated, but d e r ,  are rolled in with local distribution and other charges into the 
overall retail. markups. Growth in price matkxIps is assumed to increase at the rate of inflation, as determined by 
the GNP defl;itor. Pipeline capacity constraints and capacity expansion issues are not addressed m the model. 

. 

- 

I 
I , '  

Wharton Econometric Forecasting Associa€es'(WEFA)54 . 

WEFA models the transrmssl * 'oddistribution of 'htural gas by means of. a supply/tmsptah 'on model within,its , 
Natural Gas Modeling System. The North American ~tirral gas market is defined as a collection of many markets 
(16 hubs) which trade gas both intfa-q$onaUy (within hubs) and inter-regionally (between hubs). Markets may be 
defined geographically, by type of transaction (spot or conmt), by quality of service (interruptible or firm), and by 
season (heating or nonheating). ' The model is implemented as a spreadsheet that.determines the production and 
consumption m each market and the volume of gas transported betWeenmarkets and betweenseasons (storage), Using 
a h e d t i c  algorithm to solve iteratively for a set of prices moss re&- seasons, and time periodsthat achieves 
'a market balance. Annual forecasts are provided through 2020 for naanal gas production andawebad prices in 13 
domestic supply ba$ins, and for flows, cap&ty utilization, transportation costs, and requjred capacity expansion along 

. 
, . 

the arcs connecting the 16 hubs. - ,  
. ,  

. .  
Three key assumptions are &&'as follows: 

Producers maximize profits and &nsuiners minimize costs, subject to demand requirements and 
capacity constraints 

Pipeline transportation and storage rates-are a fundon of regulation, and capacity expausion only takes 
place if it is economic (i.e., if the marginal cost of expansion is less than the marginal price that 
consumers are willing to pay for the a c ~ ~ ~ o n a l  gas) 

' 

. \  

. I  , . -  

fl 

%e most current documentation on DRI's model was written in 1984 &I$ is out of date. A briefrep~+ef;titled "N?tural Gas . 

Forecasting Methodology" provided by Margaret Rhodes of DRI was used for a more accurate d m p b o n  of then curqnt 
methodology. 
' wThe.WEFA model is used for internal forecasts only, and thus full documentation does not exist Infomation on their c m n t  . 
methodology was obtained from a brief methodology description in the WEFA Natural Gas Service Long-Tern Forecast @ala 

. , 

- 
.Cynwyd,' PA, Winter 1992), and from telephone conversations with Morris Greenberg of. WEFA. . .  

I 
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Ria% are permitied to adjust freely to clear all markets simultaneously. 

.Initial estimates of regianal, end-use gas requirements are determined from econometric models for the non- electric 
g-rs sectors and from regional load dispatch models for the electric generators sector. The demand is then 
assigned to the different supply regions based on initial market shares. Initial estimates of regionavsectoral prices 
are also used. Actual prices are then determined, and the relevant demands adjusted via price elasticities for 
subse&ent iterations. Tramportation tariffs are initialized assuming amload factor of 85 percent, but may be 
discounted if the actual utilization is less. 

Consumption is disaggregated into hearing and nonhearhg seasons, and further disaggiegated by &IS with and 
without fuel switching capabiik. Consumers have the flexibility of selecting alternative supply sources. Gas can 
be hamported from regions linked by the pipeline network or wirhdrawn from storage, both subject to available 
capaci@. Any gaswithdrawn from storage during a heating season is replaced during the following n o n h d g  
season. Consumers acljust supply sources to minimixe costs, given the price of gas in the source region and the 
trrmsportatbn (or stokge) rate, including fuel and loss. Transportation rates are & W e d  assuming competitive 
conditions, and rates on routes with excess capacity can be discounted down to variable costs. Alternatively, if 
pipeline capacity on a given route is constraioed, rates may be adjusted upward in the solution p m s  to the point 
where they exceed the regulated transportation ceiling rate in order to clear the market. In this case, if the marginal 
value of the expansion, as measured by current and future price differentials and utilization rates, exceeds its 
marginal cost, capacity is expanded. ~f such expansion does not occur, transpormtion-constrained sources will lose 
market share to unconstrained rouies. 

. 

Throughout the solution prices are adjusted to reduce excesses of supply or demaqd in any or a l l  
regions/seasdtime periods. The p m s  is repeated iteratively until marketclearing prices are determined. 
Convergence is achieved when the following conditions are met r 

Excess supply/&mand is zero in each market 

 he delivered cost of gas to'ea~h region is the same for every &ve route 

Pipeline capacity utdiihion is ~ess than or equa~ to 100 percent on every route 

The marginal value of transportation on eachmute is less than or equal to the marginal cost of 
expansion. 

American Gas Association (AGAF 

Natural gas modeling at the American Gas Asspciation is done within the framework of the American Gas 
Association's Total Energy Resource Analysis model (A.G.A.-"ERA). The "ERAmodeling system provides annual 
projections through 2010 of natural gas production, consumption, and prices, with projections for the residential, 
commercial, industrial, and electric generat& end-use sectors provided for the nine Census Regions. The approach 
is a heuristic one that s i m h  the market and does not assume optimization of either policy or market behavior. 
The equilibration process involves the interauion of three components: (1) a set of drilling models, (2) a 
demand/marketpb model, and (3) a deliverabiity model. The drillhg models and the demandhnarketpkm model 
provide inputs for the deliverability model, but there is not an automated feedback loop from the deliverabzty model 
to the driUing and demand/marketpkm models. Analyst intervention is often neceSSaty to equilibrate the market via . 
adjustments in the trial wellhead prices. .. 

The modelstreat the naftnal g& tram+ss ion and diSm3ution'segment of the industry veiy simply; Fiows are not 
explicitly represented, and Capacity constraint/expansion issues are not treated. The prices of natural gas to' 

s 

. .  
%nvmwn to the A.GA-T&A Energy Modeling System, American Gas.Association (Arlington, VA, 1991), provides a very 

general overview of the overall model; phone conversations with Leon Tucker of the A.G.A. provided specifics on the handling 
of transmm ion and distribution. 
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consumers are calculated as linear functions of the wellhead price'via ordinary least squares regression in order to 
reflect the combination of supply-related cosp and transrms sion and delivery-reiated costs. . 

< * .  

Gas Research Institute. (GRI) Energy Overview Model (EOMY 

In p rhcmg its yearly Baseline Energy Forecast, the Gas Research Institute (GRI) uses a model knownn as the 
Energy Overview Model (EOM). m e  translllss ion and distribution segment of the natural gas industry is represented 
by a separate model, the National PipelineEIowing Gas Model developed by Energy and Environmental Analysis, 
Jncorporar.ed @EA). The model is a simulation model that represents the U.S. pipeline system by means of 
12 composite pipeline groups, which are aggregates of actual pipeline systems chosen to represent the major 
differences'in gas supply areas serving the 10 Federal regions. The network recently been expanded to include 
the entire North American gas market (iicluding both Canada and Mexico). Each pipeline group has its own 
inventory of gas reserves, access to one or more of 15 supply regions (as represented in the GF Hydroarbon Supply 
Model), and an individual cost of service estimate for pipeline operations. The EEA model is integrated with the 
EOM, and thus flows are considered in the market equdibratiq process. Nonlinear optimi7ntion is used to minimize 
costs subject to supply and demand constraints. 

The pipeline model simulates pipelines in their role as both merchants and mqxnms of gas. Transportation 
services are provided to distributors and end-users d e r  a.mix of rates based on the quality of service. Rates are 
based on cost-of-service with the flexibility for rate discounting caused by market preyures. An accounting system 
tracks both .committed gas supplies under long-term contracts with pipelines and uncommitted supplies beiig 
marketed by producers and sold on the spot market. Askiated with committed supplies are detailed contract tern 
and conditions. 

The model represents the distribution of supply from the city gate to end-users by means of & aggregate local 
distribution company (LDC) in each d e h d  region. Revenue requirement accounts are maintained for each LDC 
to set distribution margins by end-use sector, with margins and burnertip gas prices di€fering by demand region. 
LDCs themselves offer end-users both sales.service and tmspomh 'on of gas purchased on the spot market 

Seasonal transmission charges for each pipeline group and distribution charges for the LDC in each Fed& region 
are estimated by the model based on cost-of-service estimates. The charges are then allocated to the services 
provided by the distriiutor or pipeline. Market pressures and regulatory structures determine the extent to which 
those charges recover gas transmission and distribution costs. A cost-of-service algorithm estimates year-to-year 
changes m the o v e d  nongas costs of pipeline operations so is to take into.account the response of the costs to 

' changes in system throughput, compression costs (which change with volume and cost of gas), rate base, and the 
cost of capital. After deteminin g the cost of service for 'each pipeline group, the model allocates these costs between 
the sales and transportation services offered to customers based on the mix of each pipeline's merchant and transport 
services. After~allocating costs, the model pipelines establish a structure of differential rates for the various classes 
ofservice. Thetransrmss ion margin included in pipeline resale rates is assigned on a fully allocated basis, meaning . 
that the costs allocated to this service will be fully recovered in providing the service. Pipelines also maintain - 
separate firpl and interruptible rates applicable to tmspomh 'on. Competitive forces and market pressures may 
prevent pipelines from N l y  recovering costs for inmptible service. The model allowsmargins on tmsporm 'on 
to distributors to be reduced below full cost recovery to represent the potential discounting pressures on pipeline 
supplies caused by interpipeline competition. Costs not recovered due to discounting.are reported. 

The EEA mode1 i$s recently been upaatea to inclqde -a detailed representation of capacity expansion in support of 
an ongoing National Petroleum Council (NPC) study?' The model takes into account both planned expansion and 
other future expansion. AII input data f i e  describes planned projects for the next 5 years, mcluding thejr construction 
costs. For pojects beyond the 5-year time horizan, the same data-file contains "generic" projects that can be 

. 

I i .  

. 

%Guide to the Hydrocarbon Supply Model, 1990 Upa&e, Energy and Environmental Analysis, Inc. (Arlington. VA, October 

nThe e n h a n d  treatment of capacity expansion in the EEA Pipelinelnowing Gas Model has not as yet been documented. 

. 
1990) and conversations with EEA and GRI staff. 

The above information was provided through conversations with Robert Crawford of EEA, I 

* 
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undertaken if it is economic to do so. Data for these generic projects include cost estimates on a dollars per thousand 
cubic f e e m e  (where mileage figm represents miles that the gas is actually moved). Cost data are detennined by 
using a cost algorithm that reflects today's capacity addition costs. Three sets of cost algorithms are employed. one 
for the Lower 48 States, one for Canada, and one for frontier areas where expansion is costly. Regional differences 
in construction costs are not captured. Costs are detemhed for three types of possible expansion: compression 
only, loopmg and compression combined, and construction of new pipe. Potential future pro jm are set up 
throu&out the system as though @ey were red ones. Thus the model sees what is analogous to a supply curve for 
capacity additions at each node. The steps on the "supply" curve are analogous to the amount of each of the three 
types of expansion possible at that point in the system. The data allow for expansion everywhere in the system, with 
those areas deemed most likely to have more expamion activity provided higher bounds on the amount of expansion 
possible. 

In solving for capacity expansion, the model begins each forecast year with an estimate of new capacity that would 
be needed to meet the demands for that year. Each potential new pipeline li& has a supply some with an 
associated volume and price elasticity, and a demand at its destination. The model takes into ixcount how much the 
supply price would be iaised at the sopxe due to the added volume, and how much the demand would be depressed 
as amult of the associatedhigher prices. Capacity to be added is controlled by the criteria that any added Capacity 
must be able to operate at a minimum of an 80-percent load factor. New links compete against alternate supply 
sources and each other--capacitY wiU not be added if there is a cheaper alternative for meeting demand. New costs 
are compared against the cost of adding capacity. The cost of the added capacity must be less than the price 
differential on competing links, and the throughput high enough (at least 80 percent) in order for capacity to be 
added. 

Storage is considered to be a supply source during the winter months and a de&md source duxing the summer 
months. Storage expansion is not endogenously determined. Offline scenarios are nm to determine how much 
storage Capacity would increase, and storage is fixed within any given model run. The offline analysis to determine. 
storage expansion is an itemtive prmss in which estimates of expected increases in storage are made, the model . 
is nm and results analyzed, estimates are revised and the model rerun until analyst judgment indicates a satisfactory 
estimate of future storage expansion. 

' 

Decislm Fochs, Inc.: (DE!) North American Regional @as Mode! (NARG'% . - 
Decision Focus, Inc. has developed a multiregion Samuelson sparial equilibrium model used by the Gas Research 
Institute (GRI) for sensitivity analyses. This model is r e f W  to as the GFU North American Ebgional Natural Gas 
Supply-DemandModel. . - 
The model represents approximately 150 distinct gas supply sources in the United States and Canada F-- 
demand regions are repre&nted, 3 in Canada and 12 m the United States (b& on dhggregations of the census 
regions), with distinctions within each demand region between core and nonmre markets.'O0 In the United States, 
all of the residential and commercial and half of the industrial demand are assumed to be core, while the b M c e  
of the industrial and all of the electric generators demand are assumed to be noncore. 

The model'.s representation of the North Americau pipeliue system includes: 

0 A comprehensive pipeline network consisting of cum& and potkntial fume pipehe links from supply 
regions to demand regions 

I .=- 

=Dale M. Nesbitt et. d,  "Analysis of GRI North American Regional Gas Supply-Demand Model", in North American Nurural ' 
(38 Markets: Selected Tec+ical Studies, Energy Modeling Form (EMF) Report 9, Volume HI, pp. 185-234 (Stanford 

*Dale M. Nesbitt et. d (DFI), "Appendices for the GIU No& American Regional Nattnal Gas Supply-&mand Model," 
prepared for Gerald Pine (GRI), February 1990. 

'%e core service customer is guaranteed d c e  (Le., is assumed to purcha&finn service) and generally pays the high9 
rate for natural gas. The noncdre customers consume gas under a less certain and/or less continuous basis (i.e, an interruptible 
basis) and typicaly axe offered a lower rate than the core customexs. 

D 6 ' .  . EIAModd Documentation: Natural Gas Transmission and Distribution Model  Volume I 

. University, April 1989) 

. 



Tatiffs and losses for each pikline link. 

The degree of pipeline detail is consisteht &th the degree of supply and demand dew elsewhere in the model. In 
particular, while the model could have been designed to enumerate and distinguish every individual pipeline in the 
United States, its developers instead sought commonalities among supply regions, pipelines, and demand regions that 
would allow aggregation. Rather than representing individual pipelines, the model instead represents pipeline 
corridors from its supply regions to its demand regions. These comdors are explicitly defined by the characterization 
of the model's supply and demand regions, and by the configmation of the U.S. and Canadian pipeline systems that 
exist today. Each of the existing pipeline corridors represented in the model begins in a given supply region, extends 
perhaps through inmediate supply and demand regions, and terminates m a demand region. The network of 
existing pipeline corridors mtercormects all currently producing regions with all currently consuming regions. 

The model also enumerates all prospective future pipelines that might be built in the next 50 years. These pipelines 
comect new producing regions (or subregions) with various demand regions, and connect Canada and Mexico to 
the United States. They are truly prospective m the sense that they will be built only if they become ekmomic (i.e., 
only if supplies at the upstream end, marked up to account for the cost of the new pipelines, constitute the most 
competitive source at the downstream end). In the model, looping is considered as an option for all existing capacity, 
as well as for the existing lin$ of the new corridors. 

The linkage between Canada and the United States is potentiaUy very important. The model thkfore distinguishes 
the pipelines m Canada that directly or indirectly lead to the Lower 48 United States. The model also includes two 
prospective Caqulhn export routes to the United States. One of these routes runs from North Alaska through Alberta 
and ultimately to the United States, and represents the upstream leg of the AlaskaNatural Gas Transportation System. 
The other runs from Northern Canada (MacKenzie and Beaufort Sea), through Alberta, and ultimately to the United 
States, and represents the pipeline that will have to be built in order to exploit Canadian Arctic gas (the Polar project 
and prospective expansions). 

The current version of the model contain$ conidor capacity estimates prepared by Benjamin Schlesinger and 
Associates @SA, under contract to the California Energy' Commission). BSA also provided appropriate cmridor 
ttansmission costs, which represent the embedded cost of each pipeline and specifically account for discounting 
behavior on the part of pipeline owners. Pipeline capacities and cost structures for all Canadian pipelines are based 
on data &OM the National Energy Board of Canada 

. several gene& types of pipeline capacity expansion are explicitly represented (for'each pipline I&) within the 
model: . 

Expansion of capacity of a given pipeline by such actions as loopmg or increasing pregak 

'Expansion of capacity along a &en comdor by adding a new pipeline 
,/ 

* 

Addition of an entirely new pipeline conidor. ,. 

For each pipeline link, the model assumes that the embedded cost of the capadty currently m place will affect the 
rates for quantities of gas transported that do not exceed the current known capacity. In order to transport more gas 
than the current capacity of the comdor,.it is necessary to augment the capcity through looping or pressure 
,increases. Such augmentation is possible (at a cost) and is usually bounded by an uppeiconstraint (Le., looping and 
.pressure increases can each add only a limited quantity of additional capacity). In order to exceed the capacity of 
an existing, fully looped, maximum pressure pipe& link, it $ necessary to add new pipline caljacity. At the 
incremental cost of securing appropriate rights of way and building such a pipeline, it is possible to expand the 
capacity of that comdor virtuaUy without bound. 
# 

The model thus requires current musportation cost information, capacity expansion costs through augmentation, and 
new-capacity addition costs. For the current version of the mddel, such data (for every existing and prospective 
future conidor) were provided by BSA under contract .to the California Energy Commission. 

' 1  

* .  - , '  
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Stanford Universify North American Gas Trade Model (GTM)lM 

.The North American Gas Tra&.Model (GTM) developed at Stanford University in conjunction with the Stanfonl 
Univesity Memational Energy Project is an mtenegional natural gas.trade partial equilibrium model which 
computes, for 2 single time periods (1990 and ZOOO), market clearing prices and a possible pattern of trade flows 
between 11 supply and 14 demand regions in the United States, Mexico, and Canada; Demands within the United 
States are provided for each of four consuming sectors (residential, commercial, industrial, and electric generators). I 

Key inputs to the model include: ' 

Transportation@arges 

The regional distribution of gas supplies and demands at altemate'&ce levels 

Pipehecapacityconstraints 

Canadian and Mexican pxport quantity limits. 

In some regions, prices are free to move so as to equilibrate supplies and demands, while in others there may be 
disequilibria associated with cbntmls over prices and/or quantities traded The objective of the solution process is 
to maximize the sums of producers' and consumers' surpluses, or, dtemarively, maxiqke the sum of consumers' 
benefits minus the costs of production and transpcntation. With the exception of the nonlinearity of the objective 
function, the GTM is a straightforward transportation modeL The model is solved usmg MINOS, a nonlinear 
progmmhg computer package. 

Economic policy and technical constraints are bandled as upper or lower bounds on objective function variables.' 
For example, pipeline capacity limits are represented as upperbounds on the trauspoqation variables, k d  take-or-pay 
contract limits are qre.sented as lower bounds. The user can specify limits on certain demands or export volumes, 
which allows the simulation of export and price controls.. Taxes or subsidies on individual supplies or d&ds can 
be similarly represented by constraints on individual supply and demand variables. Each of these conditions is 
represented as an upper or lower bound on an individual variable. 

The objective function contains linear cost coefficients related to the transportation variables. Supply and demand 
variables enter in a separable nonlinear fonn. A &et quilibrimis computed by maximizing the objective 
function subject to supply and demand constraints and upper and lower bounds on individual variables. I€ s/uppy 
and demand are unconstrained, the shadow pi? will be the marginal costs of production or the price con~umers 
are willing to pay. II'his information can aid the analyst 'in making decisions (e.g., whether to expand productim' or 

\ 

* 

. 

' 
increase capacity). 

Massachusetfs Institute of Technology (MIT) Center for Energy Policy Research1m- 
\ 

The Cenm for Energy Policj Research Energy Laboratory at MIJT has developed a North American natural- gas trade 
model as part of a project on international gas issues. The primary purpose of the model is to estimate the costs and 
benefits to Canada and canadiaa hnns of alternative gas production and export programs. While it is an 
interregional trade equilibrium model similar m cpncept to the Gas Trade Model (GTM) described above, it has been 
formulated as a linear, rather than a nonlinear, pmgrammiug problem. The model solves for expo& to the U~Gted , 
States and investment and production in each Canadian supply area, repohing additional infomation including . 
marginal costs of production, export pxices, mar- ixprt  revenues, capital rental charges, resource depletion costs, 
etc. The model includes nine different pools of Chadian reseyes and three gas markets within the United States: 
West Cast, Middle West, and North East 

"'Mark A. Beltramo, Alan S. Manne, and John P. WeyanG "A North American Gas Trade Model (GTM),". Energy Journal, 

'%harles Bliaer, "A North American Nahnal Gas Model: Part I," Final Report on CaMdirm-US. Naural Gas Trade, 
JUIy 1986, pp. .15-32. 

. 
(C+hidge, MA: h4IT Center,for Energy Policy Research October 1985). 
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Consmink involve supply/demand balances, production-reserve relatimbips, production-investment relationships, 
exporb delivery patterns, pipeline capacity constraints, and export revenues. Demand functions ?re represented by 

' piecewise linear ex ima t ions .  Pipeline capacity is input exogenousIy. hvestment in capacity expansion, 
although incorpcpkl in annual capital costs, is not, however, endogenously determined. Pipeline operating costs 
are handled as linear functions of export volumes Gased on operating cpst coefficients. 

-. . The modei can be'so~ved using any one of three objective functions: 

Maximize net h e f i t s  to CamWas a whole 

Maximize the sum of net benefits to Canada and to U.S. importers of capadian , .  gas 

S i m W  competitive profit maximizing behayior 'among Canadian producers, inclusive of roya~tiei 

The second objective function seeks td determine the perfectly competitive solution, in effeakximizhg net benefits 
to Canada (producers? surplus) and net benefits to the United States (consumers' surplus). 

. .  

. I .  

I 

i 

, -  
Energy Information Administration Gasnet Model" 

a *  

The Gasnet model is an optimization model, developed by EIA in the late 1970's to forecast short-term seasonal 
patten?s of natural gas distribution given predetexmined projections of both supply and demand for natural gas. 
Although no longer in use within EIA, the Gasnet model was reviewed in doing background research for 
development of the NGTDM as it explicitly represents a pipeline network, lisig a series of constrained optimi7ntion 
techniques to simulate the transrmss a ion pattern within the natural gas industry. &et provides summary tables 
listing quarterly estimates of nafural' gas supply by State and conswnption and excess demand by State for the 
residential, commercial, industrial, and electric generators sectors. 

- .  
On the demand side, 48 States, the District of Columbia, Mexico, and 5 .C&adh provinces are represented. On 
the supply side, there are 45 producing areas located m the 26 producing U.S. States and 4 Canadian provinces. Four 
of the producing States are divided into substate regions. Five major interstate pipeline activities are represented m 
the model: (1) selling gas to end-users, (2) receiving produced gas, (3) injecting or withdrawing gas fkm s&e, 
(4) exchanging gas with other pipeline companies, and (5) transmitting their own gas volume to other States. Within 
the model, various nodes are interconnected by arcs. Each node is associated with one or more of the five major 
activities described above. 

. 

The model connects the demand regions and supply areas to estimate the s d r a l  effects of natural gas shortages. 
The model represents each pipeline by a system of interconnected nodes allowing the calculation of interstate flows 
along a pipewe system. A separate module, the Historical Apportionment Model (HAM), computes the distribution 
of the forecasted gas production through the network on the basii of the historical relative flows (i.e., the pattern 
determined fkomThe base year data). The HAM model solution provides a base case for the final phase of the 
modeling process: the linear program. The linear pmgram mhimkes the deviations of gas from the desired storage 
goals, the sum of excess demands and supplies by consuming sector in each State, and the costs of o p t i o n  for the 
transmission of gas throughout the entire network, subject to the following constraints: 

. 

Massbalanceateachnode 

Fkgional gas production equation for eqch region 

Balance of supply'and demand over all States and demand sectors. . 

.- 
r .  

. # 

- 

'03Energy Information Administration, Gusnef: Methodology Description (Washington, DC, August 1978) 
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. Solution Methods for Solving Network Flows 
In developing the methodology for the NGTDM, a number of modeling techniques were evaluated other than those 
employed m natural gas models. In particular, $ecific marhematical formulations and solution techniques, such as 
linear programming (LP), mixed integer programming (IMP)' special ordered sets (SOS), and nonlinear programming 
were cons id em^.'^ In addition to the specific MW gasmodels discussed above, the following models were 
reviewed because they employ techniques that were considered for use m the NGTDM. 

Energy Information Administration Project Independence Evaluation System 
(PIES)'OS 

The PIFS model, developed in the mid-l97O's, was EIA's first large s , d e  energy fofecasting model. The PIES 
framework consists of @ee major components: a demand mode$ a supply network, and an equilibrating mechanism. 

The PIES supply.network is composed of production, conversion, and transpottation activities. They are linked by 
means of a distribution network that represents the movement of raw materials or products. The major economic 
assumption implicit m the PIES.structure is that market equilibrium conditions govern the purchase prices and 
quantities of fuels so that the sum of cons&ers' and producers' surplus is maximized across al l  redons and a l l  
energy industry sectors, subject to the constrained market conditions intrcduced by government regulation. .' 

* 

The following assumptions are made: (1) subject to regulatory constraints, participants in the economy act in their 
own self-interest, (2) consumers are rational and maximize their benefits, and (3) producers maximize profits. A 
linear programming formulation is' used, incorporating step-like approximations ro the supply and demand curves. 

Stanford Research Institute SRI-GUf F Energy Model7OG 
r 

The Stanford Research Institute's SFU-GulfEnkrgy Model is ahighlydetailedregional, dynamic model of the supply 
and demand for energy in @e United States. It was developed in 1973 to analyze synthetic fuels strategy for the 
Gulf Oil Corporation and,has subsequently been extended and widely used in other energy analyses. 'It employs a 
generahxi equilibrium modeling methodology which represents a synthesis of several modeling techniques. The 
conceptual hamework of generalized eqabrium mdeling emphasizes:. (1) the need to focus modeling efforts on 
decisions' and (2) the cmdinated decomposition of complex decision problems using iterative methods. A decision 
problem is first conceptualized, and then decomposed to define the basic decision and physical processes that must 
be included in the modeling process. The overaU model is then implemented using the following three basic 
elements of generalized equilibrium modeling: (1) processes describing the fundamental submodels, (2) a network 
describing the interactions among the processes, and (3).an dgorifhm for detemking the numerid values of h e  
vaxiables m themodeL 

In the SFU-GULF model, 17 e@-use demands are modeled for each of the 9 U.S. Census Divisions'through 2025. 
Approximately 2700 processes are represented, with processes ihat describe end-use demands for energy and primary 
resource supply linked by a network of other processes describmg market behavior, conversion, and transportaton. 
The algorithm used to solve the model finds the set of variables @rimatily prices-and quantities) that satisfy the 
physical and behavioral relations embodied in the procsses and the linkages among the variables as defined by the 
network. s 

.-- 

I 

. 
laFor further information on formulations, see "An Evaluation of Problem Formulations and Mathematical Pm&gamming 

lo% hegrating Model of the Project Independence Evaluatwn System, Volume I-*&&tive Summary, Lbgistics Management 
Softwy for the Gas Market Model of W S , "  Science Applications International CorP0r;ition (McLRan, VA, April 1992). 

. Institute (Washingto& DC, April 1979). 
. 106Gener&zedEqilibrium Modeling: Methodology of the SRZ-GdfEnergy Mo&l, Decision Focus, Incorporated (Pdo Alto, . .  
CA, May 1977). 
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Although the model involves hundreds of distinct processes, each & be implemented as one of a few basic 
processes which consist of: (1) simple conversion processes, (2) allocation processes, (3) primary resource processes, 
(4) endluse demand processes, (5) tmsporm 'on processes, (6) complex conversion processes, and (7) secondary 
industry processes. The main prw+s of interest in the SFU-Gulf model is the allocation process, which allocates 
the de-d for a fuel among the competing sources of supply. The allocation process used.in the model is a 
dynamic process that responds continuously to changes in price. The sharing method is represented in terms of 
simple market share curves and simple market penetration (behavioral lag) c w e s  that reflect lags or time delays m 
responding to price changes. This is preferable to an allocation process that responds sharply to Smau differences 
in prices (as would be @e case if demand were allocated entirely to the lowest price source), as the lam tends to 
overstate the market response to prices. 

Conclusions . 

This section consists of two subsections. The first compares Fe'NGTDM with ELA's fonner mdaeling system, 
GAMS, as one of the main goals of the design of the NGTDM was to address the weaknesses of the GAMS m 
modeling the curzent natut$l gas industry and provide EIA with a m m  effective modeling tool. The second sectip 
compares the NGTDM with the other modeling approaches considered, detailing which aspects of each approach 
were included and why each particular model or approach was, or was not, adopted for the NGTDM. 

. Comparison of Capabilities of GAMS to €he NGTDM 
GAMS has a number of limitations that precluded its use within the l%MS. The NGTDM was designed to address 
these limitations. As indicated in the Model Quality Audit review of GAMS perfomed for the Office of Statistical 
Standards,'07 one of the major limitations of GAMS was that it does not take into account significant regional 
differences m both supply availability and pricing. When GAMS was first modified to explicitly treat deregulated 
gas, a simple structure was included to represent a single national pool of deregulated gas. This national 
representation of deregulated gas means that GAMS does not fully account for regional supply distinctions on the 
overall market. The NGTDM repsents both supply availability and price levels for all supply sources by region. ' 

Another drawback to GAMS is that it does not include a representation of the physical flow of gas, and thus can 
not be used to analyze pipehe capacity issues. The assumption was made durjng the initial development of,the 
model that sufficient capacity would exist to satisfy demand, and therefore neither capacity constraints nor future 
capacity expansion issues were considered. In reality, there are significant differences across.regions capacity. 
utikation, with very heavy utilization occurzing in certain sections of the country (specifically the West and 
Northeast)!08 One of the key determinants of how pipelines will price services in the fume will be how intensely 
their systems are utilized To represent this, a treatment of both capacity constraints and capacity expansion (pipeline 
and storage) decisions is necessary. These issues are addressed by.a separate Capacity Expansion Module within 
the NGTDM. Flows are accounted for m the Annual Flow Module (AFM) by mcgporating an aggregate 
representation of the natural gas transmission and distribution network. This allows a more comprehensive analysis 
of the results of supply aid demand shifts on capacities and flow patterns, as well as a more representative analysis 

'on and distribution services. .. of the pricing of natural gas transma 

Also key to the pricing of natural gas trans~lls sion and distribution serviq is the representation of tariffs. While 
the GAMS representation of tariffs \ria markups based on fixed. historical levels reflects both tmmu - sion &d local 
distribution costs, the representation is simplistic andisan not be easily adapted to reflect future market conditions. 
While pipelines and distributors fomedy could be assumed to price strictly on the basis of their aveiage cost of 

I service, they are now offering a full range of services under competitive and market-bd pricing arrangements. 
Although not totally deregulate4 they have considerable pricing flexibility. The GAMS structure does not reflect 
rF 

. -  

'"Carpen~r, Paul R., "Review of the Gas Analysis Modeling System," Incentives Research Inc. (Boston, MA, August, 1991). 

'%hpenter, Paul R., "Review of the Gas Analysis Modeling System," In&ntives Research Inc. 
(Also contamed m 4pendU: B of the GAMS Model Quality Aucl~t..) 
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this, and thus does not permit regulatory analysis of pricing issues. Tariffs in the NGTDM are ‘endogenously 
determined along different segments of the physical pipeline system, with separate modules t0 model tariffs for 
pipeline and &tributor services. The NGTDM also represents differences m pricing various classes of service .more 
adequately than GAMS. GAMS appli& the class-of-service pricing distinction only to the electric generators sector. 
Many mdustrial sector.and Iarge commercial sector users are also taking advktage of the lower piices associated 
with interruptible service, which is available to all customm. The NGTDM has the capabiity of distinguishing 
customers by type of service m all end-use sectors. Cost-based, average pricing is applied to m e  CtistOmets (fhn 

- service) within each sector and market-based, &ginal pricing is applied to nonwre customers (intermptible service). 

There ate two final not addred  m GAMS. The first is that of environmental imp&, which has become 
an area of considerable importance as a result of the Clean Air Act Amendments (CAAA) of 1990: The NGTDM 
tracks emissions of criteria pollutants associated with the transmission and distribution of natural gas. ‘The second 
is that of energy related investment. Energy related investments in areas such as the capacity expansion of natural 
gas pipelines are qhntified m the NGTDMXey features of the natural gas models reviewed are slrmmarized below 
in Table D-1. While some of the models, such as-WEFA and GEU, do address most of the issues that were of 
concern m the development of the NGTDM, others, such as the.DRI and AGA models, employ a very simplistic 

. 

, 

* 

. .  

Table D-I. Natural Gas Models Reviewed 

‘Model Feature 

Flows represented 

Endogenous tariffs 

Capacity 
wnstraints ’ 

Capacity 
expansion 

Corehoncore 
markets 

Seasonal 

Spot and contract 

Environmental 
. Issues 

represenmion of the trangllls - sion and distribution sehent of the bdustry. In the DFU and AGA models, flows are 
not explicitly represented, end-use prices are determined via fixed markups, and capacity consb’aints and capacity 
expansion ;aecisions are not represented. ~ h e s e  models were thus not suitable to &dress the’requirements of NEMS. 
/ 

, 
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Comparison of Capabilities of Other Models to. the NGTDM 
The WEFA and GRIfEEA models address several of the issues which are represented'in the NGTDM. Like the 
NGTDM, these models track flows, takeinto account capacity constraints and capacity expansion decisions, and have 
endogenous di%.ermhdon of tariffs. Both models also have structures not represented *thin the NGTDM., as well 
as some general drawbacks m comparison to the NGTDM. The WEFA model is implemented as a spreadsheet, and 
is therefore not directly compatible with the NEMS system. While tariffs are' endogenously determined, the 
methodology is a simple one which does not allow the type of regulatory analysis required by NEMS. While the 
GRVEEA model has a more sophisticated determination of tariffs, all pricing is based on cost-of-service, and 
marginal pricing, whikh the NGTDM allows for, is the direction in which the industry is going. Capacity and 
capacity expansion issues are considered to be of gra, importance, and thus are treated in more detail in the 
N T D M  than in the GRUEEA modeL 

Two feaartes of the WEFA and GRVEEA models not directly incoqorated mto the NGTDM are seasondl pricing 
and the distinction between wellhead spot and contract gas. A detailed treatment of contract pricing provisions for 
system supply is no longer necessary, since htal deregulation of the wellliead market occurred m 1993. Inaddition, 
given the restilting competitive nature of the market at the wellhead, it is expected that the majority of new supply 
contracts will contain clauses tieing the contract price to the going price on the spot market, resulting in these prices 
moving in tandem over time. If the relative difference between the spot and contract gas price is determined to be 
significant, this distinction Can be readily i n c o w  within the NGTDM. Seasonal pricing is an important issue 
for future consideration withiq NEMS, but is beyond the scope of the current design. 

The basic structure of the GTM and MlT models is-similar to the design of the NGTDM. Both are interregid 
* trade equiIibrium models which, like the NGTDM, are fomulated as optimization pi0blems:that maximize the sum 

of producers' and consumers' sutpluses subject to supply, demand, regulatory, and technological constraints. There. 
are, however, a number of significant enhancements that are provided m the NGTDM. The GTM focuses on long- 
term market equilibria rather than on mid-term institutional and regulatory issues, which are important for NEMS 
to address. Like many of the other models, the GTM does not incorporate an endogenous determination of tariffs 
or capacity expansion decisions. While the structure of the MlT model is similar to that of the NGTDM, it is 
basically a Canadian model without the U.S. market detail required of NEMS. 

. 

Because of the number of supply regions and pipeline comdors, the #presentation of the transmission and 
distribution netp;ark incorporated in the DP model is the most detailed of any of the models reviewed. Given tha& 
the solution time required to solve a system of this level of detail does not fall within the NEMS guidelhes and that 
tariffs are determined based on exogenously determiaed~alues, the structure was not considered to be suitable for 
NEMS. . 

Since the Gasnet model was developed during a timepriod when the gas market was very different h m  thecurrent 
market, it bas a structure that could not be easily modified to address the issues relevant to NEMS. It does, however, 
p r o d  a good example of the general technique of applying network 0ptimi;mtion to naW gas aansmiSsion and 
distribution, whi$ is the method that is used in the NGTDM to model the noncore transportaton segment of the 
market. 

Of the nonnatural gas models reviewed, PIES was most reievant to the design of the NGTDM. The PIES solution 
methodology, m fact, forms the basis for the linear programming approach used as the solution methodology in the 

* 

NGTDM. The'allomion pmms used in the SEU-GULF model was seriously considered to be used as the basii for 
an heuristic approach to modeling cost-of-service pricing m the core market within the NGTDM. This approach was 
subsequently abandoned due to added operational ana" convergence complexity that would be introduced by the use 
of separate modeling approaches for core and noncore markets. 

/ 
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Appendix E 

Model Input Variable. Mapped to Data Input 'Files 

This appendix provides a list of the FORTRAN variables, and their.&ociated input files, that are assigned values'. 
through FORTRAN READ, statements in the source. code of the NGTDM. Information about all of these variables 
and their assigned values (including sour&, derivations, units, and definitions) areprovided in the mdiaed input 
files of the NGTDM. E@ctronic copies of these input files are available upon request from Joe Benneche (202) 586- 
6132 or Jim Diemer (202) 586-6126. . 

.=- 
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. Variable e .  File - . Variable . File 

A191START RDESIGN BASET CMACTY 
A191YRS RDESIGN BENCHF . DTARIFF 
ACT-DRY-PROD HISDATA BGSCN'I" CAPACTY 
ADDA P T m  BGSCT CAPACTY 

ADGPRD89 INITDAT BIARC-PISHR INITDAT 
ADDYR CAPACTY BIARC-PFSHR &IDAT. 

ADIT PTARIFF BLAEEFFC PTARIFF 
ADrT90 PTAEUFF BLAESWT . PTARIFlF 
ADIT-FD PTARIFF BLAEZOT PTARIFF 
ADIT-TEMP P T m  . CANCAP. CAPACTY 
A D J X O E  . INITDAT CANEFF INITDAT 
AEFF-PIPE INITDAT CANJXP CAPACTY 
AEFF-PIPE-SCALE INITDAT CANFLO-IN JNlTDAT 
AEFF-PIPE-SCALE93 INITDAT CANFLO-PFSHR CEMDATA 
AFLOW-F C A P A W  CANFLO-SHR INlTDAT 
AF&OW-I CAPACTY c ~ - S H R  INITDAT 
AFM-PTAR-I P T m  . CANTAR-F INITDAT 
AFR ALLOCAT CANTAR-I / INITDAT 
AFU ALLOCAT CAN-NODEIN . INITDAT 
AKLC INITDAT CAN_NOTEOUT INITDAT 
AK_cM INITDAT CAN-TJTILZ CEMDATA 
AK-CN - _  INITDAT CAN-U~IL-GRWI CEMDATA 

INITDAT . CANJJTIL.-GRW2 CEMDATA 
AK-E . INITDAT . CAN.-UTIL-MAX CEMDATA 
AK-EM INITDAT C AN-UTIL-PF-P CEMDATA' 
Ax_F . INITDAT CANJIT-SYRI CEMDATA 
AK-G INITDAT CAN-UTIL-SYR2 . CEMDATA 
AK-PCTLSE INITDAT CAPEXP . PTARIFF 
AK-PcrPP I INITDAT CCOST . PTARIFF 
AK-PCTPLT INITDAT CEMH INITDAT 
AK-msouTH INITDAT CGBENCHF . DTARTFF 
m3.M INITDAT CGBENCHI DTARlFF . 
AK_RN INITDAT CGDELTA-N DTARIFF 
ANGTS-TA~ INITDAT CGDmTA-U DTARIFF ' 

APCKITR INITDAT CLSYNGWP HISDATA . 
APCKSWTCH INI?DAT e , CMES mf=m 

ApcT,MINI r n A T  CN-NEWCAP90 INITDAT 

APCKYR * INITDAT . m A R  CAPAClY 
ApcT_MINF INITDAT CN-BRDPRC90 INITDAT 

ARC2P PTARIFF CN-TOL . INITDAT. 
CN-WELPRC89 INITDAT 
CONDEM PTARIFF 

ARC-CYCLE INITDAT 
ARc-oUmLz CEMDATA 
A R C - P r n Z  CEMDATA . -  CONST-DMD INITDAT 
ARC-PUTLZ CEMDATA CONST-EXP INITDAT 

CONST-SUP 1 INITDAT 
CPCKSWTCH INITDAT 

A R F '  ALLOCAT 
ARV ALLKAT 

CPCKYR INITDAT 
CSOML PTARIFF 

ASF ALLOCAT 
* ASV ALLOCAT 

CAPACTY CSOMN PTARIFF 
- P T m  
PTARIFF 

CAPACTY CSTFAC AUTILZ,-T 
AVR ALLKAT CWC 
A W  ' ALLOCAT DCMER PTARIFF 
BASEWJ RDESIGN DDA PTARIFF 

.- i 

2 F L Z - F  
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Variable 

DDA-FD 
DD A-RHO-E 
DDA-TEMP 
DEBTYR 
DEWRICE 
DELPLG-CAP 
DELFLG-STR 
DELPR-CAP 
DELF'R-STR 
DEPSHR90 
DEPSHR91 
DISCR-PK 
DISPRC 
DISTO 
DLTDR 
DOLYR 
DTAR-REFYR 
DTM-BETA 
EFF-STR 
EHISYR 
EMISRAT 
EMMSUB 
EMMSUB-EL - 
EMMSUB-NG 
EST-DRY-PROD 

EXPFAC 
E X P W  
EXP-PSHR. 
FACTOR 

FRATE 
FrAX 
GPIS . 
GPIS89 
GSRSTART 
GSRYRS 
HCGPR-F 
HCGPR-I 
HPGCELGR 
HPGFCM 
HPGFCMGR 
HPGFEL,GR 
HPGFIN 
HPGFINGR 
HPGFRS 
HPGFRSGR 
HPGFTR . 

JPGFI'RGR 
HPGICM 
HPGICMGR 
HPGELGR 
HPGlIN 

. FNS 

File 

PTARIFF 
P T - ,  
PTARIFF 
DTARIFF 
INITDAT 
CEh4DATA 
O A T A  
CEMDATA 
O A T A  
P T m  
PTARIFF 
INITDAT 
HISDATA 
DTARIFF 
PTARIFF 
PTARIFF 
.DTARIFF 
DTARIFF 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
HISDATA 
Z[NITDAT 
mARIFF 
INITDAT 
CEMDATA 
P T m  
PTARIFF 
R~ESIGN 
DTARIFF 
PTARIFF' 
PTARIFF 
RDESIGN 
RDESIGN 
DTARIFF 
DTARIFF 
HISDATA 
HISDATA 
HISDATA 
HISDATA 
HISDATA 
HISDATA 
HISDATA 
HISDATA ' 

HISDATA . 
HISDATA 
HISDATA 

HISDATA 
HISDATA 

~ ~ S D A T A  

.=- 

Variable 

HPGIINGR 
HPGIRS 
HPGIRSGR 

HPGITRGR 
HPGTELGR 
HPNGCM . 
HPNGIN 
HPNGRS 
HPNGTR 
HWPRLAGOF 
HWPRLAGON 
H-REATAMGBLUS 
H-RMPUAANS 
lEXPCT 

. IFLOOR 
LAG 
INTRA_TARF 
INTRA-TARI 
IPDl 
IPD2 
IPD2YR 
I-BYPASS 
KARCEX 
KCMER 
KLTDR 
LFAC-F 
LFAC-I 
LIMiTFEM 
LlMITINT 
L P T L ~ S C ~  
LTD 
MACRS-RATE 
MATFUX' . 
MAXESC 
MAXPROF 
MAXPRON 
MAX-MACRS-7iR 
MEXEFF 
--SIB 
MEXTAR-F 
MEXTAR-I 
MlLEs 
MILE-FD 
--I ' 
MNPERCNT 
M u  
NARC-CYCLE' 
NATL-DISCR 
NATL-DISCR . 
NBRNCH 
--PI€% 
NETPLT90 

HP&rR 

File 

HISDATA 
HISDATA 
HISDATA 
HISDATA 
HSDATA 
HSDATA 
HISDATA 

. HSDATA 
HISDATA 

,HISDATA . 
. HISDATA 

HISDATA 
. DTARIFF 

RDESIGN 
DTARIFF . 
INITDAT 
DTARIFF 
DTARIFF 
DTARIFF 
DTARIFF 
DTARIFF 
DTARIFF 
PTARlFF 
PTARIFF 
PTARIFF 
RDESIGN 
RDESIGN 
RDESIGN 
RDESIGN 
INlTDAT 
PTARIFF 
mARIFF 
RDESIGN 
RDESIGN 
INlTDAT 
INlTDAT 
PTARIFF 
INlTDAT 
JNITDAT 
INITDAT 
INITDAT 
PTARIFF 
PTARIFF 
DTARIFF . 
INITDAT 
INlTDAT 
INITDAT 
HISDATA 
INITDAT 
INITDAT 
INlTDAT 

. DTARIPF 

PTARiFJ? 

* ,  
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Variable File 

NETPLrnl PTARIFF 
NEWCOSTSTART RDESIGN 
NEWCOST-PER RDESIGN 
NGDBGFPT * INITDAT 
NGHIST-FLG INITDAT 
NGRATMAX . DTARIFF . 
NGREG CAPACTY 

NG-ARCMAP INITDAT ' 
NG-ARCNUM INITDAT 

NG-BKSTOP-PR INITDAT ' 

NG,CENMAP INITDAT 
NG-CENSHR INI"DAT 
NG-Eh4MMAP ' INITDAT 
NG-EMMSUB INITDAT 
NGLSUPMAP 1 INITDAT 
NG-SUPSUB JNITDAT 
N N E m  * HISDATA 

. NONU-DTARF_DCL DTARIFF 
NONU-DTARI-DECL DTARZFF 

NGUNlT ' INITDAT .. 

NG-ARCSEE . INITDAT 

NONU-UJ ;  
NONU-EL AS 
NON-P0SHR-F 
NON-WSHR-I 

' NUMSTRX 
OCSMAP 
OFSTRBND 
OGcNPpRD 
OGCNQPRD 

. OGPNGEXP 
OGPNGW 
OGPRDNG 
OGPRDNGOF . 
OGPRDNGON 
OGPRsUP3 
OGQNGIMP . 
OGWPRNG 
OILPEW9 
OISTRBND 
OPPCNT 
OPPNETSTR 
OPPRCFAC 
0PPS"HX-F 
OSUP-RSHR 
OSUP-TOT 
OTOM 
OTTAX 

OWC-FD 
pwc 

Variable 

PARIvl-MAXPR ' 

PARM_MINpR 
PARM-SUPCRVZ 
PARM-SUPCRV3 
PCAP-MAX 
PCMER 
PCTLSE-SUPL 
PDELMX 
PDSTJZP 
PEXP 
PFES 
PFSTRBND 
PGRCOSTS 
PIMP 
PIPE 
PIPED 
P~PE-DEPR 
PISTRBND 
PKNETSTR 
PKPRCFAC 
PKSTFI-F 

File 

Nt-rDAT .. 

INITDAT 
. INITDAT 

INITDAT 
CAPACTY 

. PTARIFF 
' INITDAT 

. INITDAT 
HISDATA 
PTARIFF 
CEMDATA , 

HISDATA 
PTARIFF 
RDESIGN 

- -  CEMDATA , 

CAPACTY 

CAPACTY 

INITDAT e .  

PTARIFF . . 

m w  

CEMDATA . 

. 
. .  

. .  

- 
INITDAT , PLTDR PTARIFF 
INITDAT PMMMAP-NG . INlTDAT 
FSHARES PNA . .HISDATA 

PNEWFAC PTARIFF 
PNEW-CAP CAPACTY 

FSHARES 
CAPACTY 
INITDAT * PNEFV_STRx CAPACTY 
CEMDATA PNuM191 PTARIFF 
HISDATA P P e  P T m  
HISDATA PREV-PIF'E PTARIFF 

PREv,RENTBLDG PTARIFF 
.PRNG-PADD ' HISDATA 

HISDATA 

Ps. PTARIFF 
HISDATA 

PSHlFTOF INITDAT HISDATA 
HISDATA PSHlFTON INlTDAT 
HISDATA PSHrFr-SCALE INITDAT 

PSHlFT-SWTCH . INITDAT 
INITDAT 

HISDATA 
HISDATA PSSTEP 
INITDAT PSTRANDED PTARIFF 
CEMDATA PTMDPCTFC RDESIGN 
CEMDATA PTOT HISDATA 
CAPACTY Qm . HISDATA 
CEMDATA QGCELGR INITDAT 

QGDXGR INITDAT 
QGNONU-MAXGROW CEMDATA 

HISDATA 
HlSDATA 
PTARIFF QGm HISDATA 
PTARIFF QW HISDATA 

PTARlFF . . RCREDIT-F RDESIGN 
PTARIFF REGTREE INITDAT 

HISDATA . 

CAPACTY QGFELGR . INITDAT 
.=- 1 

PTARIFF QLPIN HISDATA * 

owc,TEMp 
P2ARCF PTARIFF RENTBLDG ' PTARIFF 
P2ARCT PTARIFF . RESPRC HISDATA 

I 
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Variable 

FGTAIL-COST 
REVC 
SCLE-F-MIN 
SW-PIPE 
SEOM 
SHARE-GSR-F 
SHR-AD17 

. SIGMA 
SNG89 
SNGAl 
SNGA2 
SNGHI 
SNGMIN 
SPCM 
SPEU 
SPIN 
SPRS 
SQCM 
SQEU 
SQIN 
SQRS 
SRATE 
STAROF-F 
STAROF-I 
STAR-F 
STAR-I 
STAX 
STEOYRS 
ST?X-DISCR-SHR 
STEO_NG 
STOGPRSUP 
STOGWPEWG 
STOR-NODES 
STPNGCM 
STPNGEL 
STPNGRS 
STQGPTR 
STQLPIN 
STR-FUT.tLZ 
STR-UTJLZ 
SUPh4UL,T . 
SUPSUB 
SUPSUB-NG 
SUPSUB-OG 
SUPWITR 
SUPWRYR 
S U P - O r n  
SUP-PKSHR 

S WT-COSTSHIFT 
TAG 
TAG-DCLE 
TAG_DCLE_CF 

~UP-PUTILZ 

File ' 

DTARIFF 
PTAEUFF 
RDESIGN 
INITDAT 
PTARIFF 
RDESIGN 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
HISDATA 

HISDATA 
HISDATA 
HISDATA 
HISDATA 
HISDATA 
HISDATA 
RDESIGN 
INITDAT 
INITDAT 
INITDAT 
INITDAT 

' DTARIFF 
HISDATA 
INITDAT 
INITDAT 
HISDATA 
HISDATA 
CEMDATA 

' HISDATA 
HISDATA 
HISDATA 
HISDATA 
HISDATA 
CEMDATA 
€EMDATA 
INITDAT 
INITDAT 
INITDAT 
INITDAT 
INITDAT 

' INITDAT 
CEMDATA 
CEMDATA 
CEMDATA 
RDESIGN 
PTARIFF 
PTARIFF 
PTARIFF 

HISDATA 

t 

Variable File 

TAG-DCLG . PTARIFF, 
TAG-EFF1 . PTARIFF 

P T m .  
. PTAFul?F 

TAG-= 
TAG-GD. 
TAG-IEFADJ PTARIFF 
TAG-TF . PTAEUFF . 
TARO . CEMDATA 
TARP ' CEMDATA 

TCF-COEFF . DTARIFF 
TCIVES ' PTAEUFF 
TECHEFF DTARlFF 

DTAEUFF 
DT;4RIFF 

TFDl 
TFD2 
TFD2YR . DTARIFF 
TFLOOR DTARIFF 
TILT1. D T W  

. TiLTzyR DTAFUFF 
m 2  D T m  . 
TNS PTAEUFF 
TLTD PTARIFF 1 

. TOMEFFC . , P T m -  
T O W C 1  P T m  

. . TOMINC2 . . PTkfuFF 
TOMSWT €TARIFF 
T0M-DCL.E PTARIFF 
TOM-DCLE-CF . PTAEUFF 

- TOM-DCLG PTARIFF ' 

T 0 M - m  mAEUFF 
TOM-FD . P T m  
TOM-EFFADJ PTARIFF 

PTARTFF 
' .  INITDAT 

TOM-TF . 
TOTDISCR 
TPm ' . PTAEUFF 
TRNSHR lmwfFJ?. 
TRN-DECL DTARIFF 0 

TSTl DTARIFF 
TST2.. DTARIW 
TST2YR DTARIFF . 
TYP-SUPCRV INlTDAT 
UBENCH ' DTARIFF 

. UBENPER DTARIFF . 
UBENYRD. ~ DTAEUFF 

I .  UDF'LOOR D T V  
UDPDl DTARIFF 
UDPD2 DTAEUFF 
UDPD2YR D T m .  
UEFF-PIPE INlTDAT - 
UNGRR ' INITDAT 
URFLOOR . , DTAEUFF 

DTARTFF URPDl . 
URPD2 

I _  

. .  TCE . PTiuUFF 

- 

. TOM-EFFl m m .  

.=- 

. 3 DTARIFF * 
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File 

DTAFWF 

INITDAT 
INITDAT 
INITDAT ' 

DTAIUFF 
DTARIFF 
DTAIUFF 
DTARIFF 
-AT 
INITDAT 
FSHARES 
ESHARES 
FSHARES 
CAPACTY . 
C A P A V  

INITDAT 

Variable 

WOP89 
WOEKT 
WPR89 
WPEAGOF 
WPRLAGON I 

. WTNRFAC' 
. wTHR_xcAP 

. WTPERCNT 
' WT-DEBT 
. w-corn . 

W-DIST 
w-LE 

- W-rnID 
XSPRNT ' 

X S P F A  
yR_KERNRIvER_IN 

File 

INITDAT 
CAPACTY 
INITDAT 
INITDAT 
INITDAT 
AFMDATA 
AFMDATA 
INITDAT 
DTAFWF 
DTARIFF' 
DTARIFF 
DTARIFF 
DTARIFF 
DEJDAT 
INITDAT 
PTARlFF 

J 
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Appendix F 

Derive’d Data . >  

. .  
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Table F1 

Data: Parameter estimates for the Alaskan Mtural gas consumption equations for the residential, 
commercial, and industrial sectors. Parameter estimates for the Alaskan average MW gas 
wellhead and industrial price equations. 

Author: Chetha Phang, EL-823, Septdmber 1993. 

Source: Natural Gas Annual 1986,1988, 1991, DOEEM-0131: 
Annual Energy Review 1991 (Table 69, Appendix C). 
Data created using PIPEJCL,.ALASKA.DFiMANDl.D0512931 
and P I P E J ~ U S K . D O 5 0 7 9 3 1 .  

- 
.. 

Derivation: The method of Ordinary Least Squares (OLS) was used to estimate the parameters of the Alaskan 
natural gas consumption equation for each sector (except for electric generation), the industrial 
sector natural gas price equation, and the average wellhead price equation. These equatiohs are 
defined as follows: . 

Residential Natural bas Consumption . .  
In y.rt= AK-Cil) + AK-C(2)*ln OP,, + AK-C(3)*ln RN* 

Variables: ?LU(_C(l) AK-C(2) AK-C(3) b 

t-statistic: (854) -. (0.60) . (7.23) 

. Durbm-Wawn = 2.079, R-Squared = 0.9477, N = 11 

5.587 0.03195 0.8958 . Estimated Value: 

Coplmercial Natural Gas Consumption 

In Yc = AK-D(l) + AK-D(Z)*ln. OP,, + AK-D(3)*ln CNI 
'Dqbin-Watson = 1.673, R-Squared = 0.430, N = 12 

_ . ,  

. Variables: AK-W) AK-D(2) . . AK-D(3) - 
Estimated Value: 7.90 0255 0.d37 
t-statistic . . (9.506) ' ' (2.06) . (2.603) 

Industrial Natural 'Gas Consumption - .  
Y& = AK-E(l) + AK-E(2) * OP, + AK-E(3) * T 

Dwbm-Watson = 1.755, R-Squarg = 03529, N = 23 

1 . -  
Variables: AK_E(l) AK-W) AK,E(3) 
Estimated Value: 7708.4 339.65 298155 
t-statistic (0.9 (0.879) (3.188) * 

, 
) '  

\ 
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Average Natural Gas Wellhead Price 

WPt = AK-F(l) + AK-F(2) * WP,, + AK-F(3) * PD, 
Durbm-Watson = 1.707, R-Squared = 0.7392, N = 22 

Variables: AK_F(I) AK_F(2) AK-F(3) 
Estimated Value: 0.093 0.4703 0.00141 
t-statistic: (0.89) (2.56) (2.89) 

IndusqialNatixalGasRice . 
IP, = AK-G(l) + AK-G(2) * OP, 

Durbm-Watson = 2.149, R-Sqyared = 0.288, N = 12 

Variables: AK_G(I) . AK-G(2) 
Estimated Value: 1.0191 '0.00645 
t-statistic: (9.997) (2.009) 

where, 
. I n =  ~turallogarithmoperator 

N = number of observations 
RN, = residential conkmen (thousands) at current year. (AK-RN), See Table F2 
CN, = commercial consumers (thousan&) at &ent.year. (AK-CN), See Table E2 . 
OP, = total landed costs of crude oil imports (1987$/bmel) at current year.-SYOFCUR) 
YR, = ~ t u r a l  gas consuiuption @cf) 
YR, = residential gas consumption (MMcf) at current year.. (QALK-NONu_F(l)) 
YC, = commercial gas consumption.(MMcf) at current year. (QALK-NONKF(2)) 

OP,, = total landed costs of crude oil.imprts lagged one year. (WOPLAG) 
, 

M, = industrial gas COIlSUlllptiQll (MMcf) 2 currat year. (QALK-NONU-F(3)) 

T = time trend variable having value 1, 2, 3, ..., 23 starting from 1969 to 1991. In 
2015, the .T variablc will take on the value of'47. (CNTYR+21) . 

PD, = dry gas production 
WP, = average wellhead price (1987$/Mcf) at clirrent year. (WPRCUR) , 

WP,-, = average wellhead.price (1987$/McfJ lagged one y&. .cwpRLAG) 

at current year. (ALPROD). . 
' 

IP, = industrial gas price (1987$/Mcf). @A.LLNONU-F(3)) 

Notes: variables displayed.in parentheses are used in the sour& code. .. 

VARIABLES: AK-c Parameters for Alaskan residential na'tural gas consumption (Appendix E). + 

M-D Parameters for Alaskan commercial natural gas consumption (Appendix E). 
AK-E . P-eters for Alaskan industrial natural gas consumption (Appendix E). . 
AK-F Parameters for average Aldskan natural gas wellhead price (Appendix E); 

Parameters for Alaskan indusm natural gas price (Appendix E). 
. .  

.=- 
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Table F2 
t 

Data: Exogenous forecast of the number of residential and commercial customers in Alaska 

Author: :'Tianchi Wang, SAIC, July 5,1995. 

,Source: Natural Gas Annual (1985-1993), DO=-0131. 

Derivation: The number of residential consumers represents the number of residential househoIds. In the last 
25 years this number has been steadily increasing, mirrorjng the hulat ion growth in Alaska. 
Since the cun-ent year population is b i a y  depenbt on the previous year population, the number. 
of residential consumers was estimated based on its lag value, as follows: 

log (RNJ = 0.276 + 0.9437 * log(RN,,) 
. t =  (3.7) 
.R2 = 0.99 

DW = 1.504 (rho is not statistically significant) 

This tyslates'into the following forecast equation: 

Rk, = 13178 * 
The number of commercial consumers, based-on billing units, showed a strong relationship to the 
number of residential houskholds' and the number of commercial. consumers m the last year, as 

I follows: 

CN, = 0.1625 * RNt 
t =  (31) 

'R2 = 0.97 

rho = 0.627 (t=3.3) 
DW= 1.715 ' 

. .  
After incorporating the' first-order autocorrelation, the forecast function becomes: 

. t  

CN, = 0.627 * CNl-, + 0.16248 * RN, -. 0.10187 * RN,-, 

Notes: Documented in memo dated July 5,1995 under SAIC Task 118. 

units: Thousands of customers. 

VariabIes: AK-RN 
AK-CN 

Number of residential M& gas customers (thousands) in Alaska (Appendix E) 
Number of cohercial natural gascustomers (thousands) in Alaska (Appendix E) 

.=- 
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Table F3 

Data: 

. Author: 

Somce: 
. .  

Derivation: 

Parameter es- of tpe regression equation for the projection of Illinois synthetic natural gas 
production fiom liquid hydrocarbons. 

Chetha Phang, EI-823, September 1993. 

Natural Gas Annual 1985, DOEBIA-0131, Table 11. 
Natural Gas Annual 1986,1987, DOEEIA-0131, Table 12. 
Natural Gashnwzl1988, 1989, 1990, Table 15. 
Annual Energy Review 1991 (Tables 71; 81, Appendbi C). 
Data created using PIPEJCL.SNGLQDS.PRDPROJ~20931. 

The method of ordinary Least Squares (OLS) was used to estimate the parameters of the Illinois 
synthetic. gas .production fiom liquid hydrocarbons equation, which is assumed to be.a.log-linear . 
function of East North Central regionai gas price. This production function i s  expressed as follows: 

In SNG, = a1 + (a2 * In ENCGPR,) 

where, 
- ,  

. I  . 
. In = Mtural logarithm 

SNG, = sptheticnahml gas production fiom liquid hydr&s in Illinois m year t 

al, a2 = paiameters to be estimated 

(Bcf) 
ENCGPR, = East North Central regional gasprice (1987$/Mcf) in y&,t 

The OLS regression results based on the given data (1981-1991) showed an evidence of Nsitive 
serial .conelation m the data with Durbin-Watson d = 1.125. Using the Generalized Differen& 
Equations to meet for the positive serial correlation between the disturbance terms, the second 

1 ' ' 

stage regression results were obtained as follows: _. , (  

. .  
'In SNG, = -0.5161 '+ 2.81803 * In ENCGPR, 

t-Statistic = (0.98) (6.46) 
Durbm-Watson = 1599,. R-Squared = 0.8224, N = 11 

' 

~ 

The above production equation Can be written ' a~ :  
1 

SNG, = SNGA1 * ENCGPR,mGA2, or, 
SNG, = 0.5968 . ,  * ENCGPRUlm 

where, SNG, and ENCGPR, are defined in the source code as VAL and VkTJE, respectively. 

Units: Not applicable (no units). 

. Variable: SNGAl 
SNGA2 

Intercept coefficient for the Illinois synthetic gas pduction hct ion (Appendix E). 
Slope coefficient foIfthe Illinois spthetic gas production function (Appendix E). 

c 
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Table F4 

Data: Coefficients for PlM forecasting equations. Total working capital, total administrative and general 
expense; accumulated deferred income taxes; depreciation, .depletion, and amortizarion expenses; 
and total operations and maintenance expense: 

Author: Science Applications International Coiporation 

'Source: Form FERC-2 Dam collected for 1980 - 1991. 
1 

Derivation: Estimations are done by usmg accounting algorithm or forecast software. Forecasts are based on 
a series of Fortran-based econometric equations which' have been estimated using the Total 
Statistical Package (TSP) software. Equations are estimated for each pipelipe company or generic 
pipeliue: total working e a p i a  total operations and maintenance expense; total administrative and , 
general expense; depreciation, depletion, and amortization expenses; and accumulated income taxes. 
These equations are defined as follows: 

( I )  Total Working Capital. 
I '  

. OWC, = GPIS;o * GPISZ"' * exp @1 * (MC-PGDP, - p*MC-PGDP,-,)] 
* exp @2 * CryEAR - P*(TYEAR-l.O))] * OWcP_I * OWC-CONST 

.-  
where,, 

.(a) existing'pipeBe . , 

= (1.92244, 1,99710, -0.170208) 
= 0.602771 
= (1-p) * EXP(C+FDj) ' 

= firm dummy variable which is equal to 1, if j = i, or equal to 
0, otherwise. (value of FDj see Table W.1) 

t-statistic ' = See TableF4.1 . 
DW = 1.65411 

' R-Squared . =. 0.985791 

(b) generic pipeline 

PO, $1, 82 

. OWC-CONST 
P 

t-staqtic 
DW 
R-Squared 

. ,  = (1.76412, 1.94711, -0.159168) 
= o  * 

= 294.161 

= 3.12307,26.9230, 1.70727, -3.31806 ' 

= 1.93182 
= 0.952241 

.=- 

\ -  
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(2)  Total Administrative and General Expense 

Thefollowing equation is used to calculate rhe TAG before adjustments for efficiency ate made: 

input variables, 

mi 

T F i L  

GPISa-l 
w, . 
PK, 

= pipeline specific d e y  variable: equal to 1, if pipeline . 

= pipeline specific open access variable: TRNSHR, * mi (values 

= original capital cost of plant in service (gross plant in service) 
= real labor cost index, all private sector [= MC-ECIWSP, / 

. = rental of office space for corporations (RENTBLDGJ: equal to 
. rental cost index times rate of retum (values listed in Table 
F4.2a) 

company i, 0 otherwise (values listed in Table F42b) . 

for TRNSW listed in Table F4.2a) 

. MC-PGDPJ 

i = pipeline 

resulting coefficients, 

a1i 

cc, 
P I  

P2 

\ 

= FDj coefficients (values listed in Table F4.2b) 
= TFj coefficients (values listed in Table F4.2b) 
= coefficient of In(GP1S) (TAG-EFFl value in Table F42b) 
= coefficient of labor cost (TAG-? value in Table F4.2b) 

All Statistics are applied to transformixi data with first order-autocdrrelation correction in Log-linear 
regression functio~ 

t-statistic = See Tabie F42b 
DW = 1.94 . . 
Adjusted R-Squared ='0.9998 ' 

The most efficient company is Trailblazer Pipehe (ID=6410), whose'value of TAG represents the 
cost frontier in' the industry. 

(3) Accumulated Deferred Income Tax 

(a) existing pipeline 

POST86 
i .  

\. 

= (FDj + POST8.6,0.72988, 0.064099) 
= fiqn dummy variable which is qual to 1, ifj = 4 or equal to' 

= O,129514E+7 
= pipeline 

@-otherwise. (value of FDj see Table F43) 

t-statistic ' = SeeTableF4.3 
DW . = 1.85921 
- R - S q ~ e d  = 0.956792 
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(b) generic pipeline 

Accumulated deferred income taxes foi generic companies is c i ld ted  usmg an 
accounting algorithm. Stmight Line Depreciation (SDL) is used for rate making purposes, 
while Modified Accelerated Cost Recovery System (MACRS) with a’15H year schedule 
is used for iax’ purposes. The amount of depreciation usmg the MACRS and SDL 

. schedules are derived as follows: 

srt 

DEPWCFS, =E NCAEs * MACRSA4’IE,-s+l 
S d  
I d  

DEPRSL, = cNCAEJ30 
S=2 

where, 

MACRSiRATE , = (5.00, 9.50, 855,7.70, 6.93, 6.23, 5.90, 5.90, 5.91, 5.90, 5.91, 

= 35% 
5.90, 5.91, 5.90, 5.91, 2.95) * 

, * .  
* (4) Total Depreciation, Depletion, andAr@izatwn 

I 

(a) existing pipeliue 

where, 

P 
i 

* t-statistic 
?W 
R-Squared 

(b) generic pipeline 

= (FDj, Pl@) ’ i 

= (FDj, 0.037362, -0315983E7) 
= hrm dummy variable which is equal to 1;if j = i, or equal to 

= 0.151232 
= pipeline 

0, otherwise. (valueaf FDj  see Table F4.4) 

= See Table F4.3 
= 1.77499 
= 0.9634 

. 
A re&ession equation is not used for the gkneric pipeliue;’instead, an accounting 
.algorithm is used (presented in Chapter 8). 
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(5) Total Operations and Maintenance Expense 

. 

The following equation is used to calculate the TOM before adjustments for efficiency are made: 

TOM,, = e(au*m: + ~ T J  * GPIS~-, B, * w: * py(I-B3 

ad, 

P&=(REALAA 

input variables, 

- ma 

PKl 
PIPE, 

, 

PIPE-DEPR 

resulting coefficients, 

a,, 
a, 
B1 

8 2  

= pipeline specific dummy vkb le :  equal.& 1, if pipeline 
. 
= pipeline specific open access variable: TRNSW * FDi (values 

= original capital cost of plant in service (gross.plant in service) 
= real labor cost index, all private sector [= MC-ECIWSP, / 

= the user cost of capital for compressor stations 
= producer price index for compressor stations: 1.133 (index of 

company i, 0 otherwise (values listed in Table FWb) 

for TRNSHR, listed in Table F4.2a) 

MC-PGDPJ 

1990) ' a d  1.184 (index of 1991)'09 
[= PIPE,, * W-~IJMC-WQ-JI  

= assumed depreciation rate on compressor station equijment (= 
0.10 anndy ,  from PTARIFF) 

= the real rate of AA utility bonds 
= pipeline 

= 'FDj coefficients (values listed in Table F4.4) 
= TFj coefficients (values listkd in Table v . 5 )  
= coefficient of In(GP1S) ( T O M B 1  value listed in.Tabie F4.5) 
= coefficient of labor cost (TOM-EFF2 value listed in Table 
. F4.5) 

AU statistics are applies to'tmnsfmed data with first order-autwrrelation correction in Log-linear 
regression functioxr 

t-statistic 
DW 
Adjusted R-Squared 

. .  
= See Table H.5 
= lis1 
= 0.99996 

The most efficient c o m p y  is Trailblazer Pipeline malo), whose value of TOM represents the 
cost frontier in the industry. . 

'%ource of historical data: Bureau of Labor Statistics, 1987=1.00. 
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Variables: 

C 

ADIT = accumulated deferred income taxes in dollars 
DDA = depreciation, depletion, and.amortizarion costs in dollars 

DEPSHR = percentage of depreciation, derived from dividing accumulated depreciation by gross plant m 
service in' previous period 

FD = firm dummy variable which i s  equal to 1 if j=i, 0 otherwise (iqipeline) ' 

.GPIS = original capital cost of plant in service (gross plant in service) in dollars 
MACRS-MTE = rak of depwiation by MACRS schedule 

MC-WIWSPNS = price mdex of labor (from Macrwnomic Activity Model) 
MC-FGDP = implicit GDP price defiator for year t (from the Macroeconomic Activity Model) 

MC-WPI = wholesale cost index provided by Macroecono&c Activity Model 
&WLT =' difference between original capital cost of plant in service and accumulated depreciation in 

mTE = federaltaxrate 

previous period (net plant in service) m dollars 
OWC = other working capital in dollars 

PIPE = producer price index for compressor station equipment 
PIPE-DEPR = assumed depreciation rate on compressor station equipment 

TAG = total administrative and general costs in real dollars 
TF '= pipeline specific open access variable (TRNSIIR, * FDJ 

TOM = total operating and maintenance expense in real dow 
TRNSHR = industry average share of gas transported for others 
TYEAR = year in J~ units (Le.; 1995) 

OWC-CONST = estimated constant term 

REALAA = therealrateofAAutilitybonds . 

* 

W, = reallaborcostindex,allprivatesectar . 

Notes: None. 

. units: 

ADIT = nominaldollar 
DDA = nominaldollar 

DEPSHR = fraction 
FRATE = fraction 

MACRS-RATE = fraction 
GPIS = nominaldollar 

MC-ECIWSPNS = index 
MC-FGDP = index 

MC-WPI = index , 
. NEWLT = nominaldollar 

OWC = nominaldollar 
PIPE = index 

PIPE-DEPR = fraction 
REALAA = rate 

TAG = 1987 real dollar (dtimately, converted to nominal dollar) 
TOM = 1987 real dollar (ultixpately, converted to nominal dollar) .- TRNSHR = fraction. L 

TYEAR = Julian units(Le., 1995) 
w, = index 

Reference: (1) "Documentation of the Pipeline Tariff Model Economet& &gtion" by Science Applications 
International Corporation, April 30,1993. 
(2) "'Final Report, Documentation of Simpeed PTM Algorithm,'' by Science Applications 
International Corporation, May 22,1995. ' 
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Table F4.1. Summary Statistics for the Total Working Capital Equation with Dummy Variables ' 

F-1 0 
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Table F4.2a. Some Input Data for Calculating Total Administrative and General Expense Equation 

2015 1.0000 0.3460 

.. 

lloSource: FERC Form 2 for 1990-1994, and assumed to be 1.0 after 1994. 
"'Source: bRI. 
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' Table F4.2b. Total Administrative . .  and General Expense Equation'with Dummy Variables 

1.69712 2.44794 

E FD3320 

6.81193 i.ns8o 3.82950 . 
6.89382 1.85650 3.71335 ' 
6.26835 ' 1.68926 3.71070 

595047 1.738% 3.42186 ' 

491967 1.70103 2.89217 

' I1 m34so . 1~9192 3.70419 

11 FD3382 
'I1 FD3410 
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TableF4.4. Summary Statistics for Depreciation, Depletion, and Amortization Equation with Dummy 
Variables 
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Variable Cross Reference Table 

The linear program (LP) formulation of the h u a l  Flow Module (AFM) is presented m matrix form m Figure G-1. 
The rows represent the objective function, variable bounds, and problem constraints, and the columns are the 
variables to be solved. Each row (constraint) and column (variable) have been given a unique name which also are 
defined in Figure G-1. The row and column names are used m the code to identify where changes are to be made 
in the working matrix during each model iteration or model year. Since the variables defined in the AFM LP 
equations are being referenced differently within 1) the mathematid iquations presented m Chapter 52) the LP 
matrix (referenced above), and 3) the code, a yoss reference table (Table G-1) has been generated for the& 

Similarly, Figure G-2 presents the LP matrix representarion of the Capacity Expansion Module f&M) formulation, 
as well as definitions of the,abbreviations and names used. Again, the columns repsent the variables, and the rows 
repreknt the objective furiction,. variable bounds, and problem constraints correspondiug to the mode1 equations 
defined in Chapter 7. Table G-2 presents a cross reference of the names used within 1) the mathematical equations 
presented m Chapter 7,2) the LP matrix (referenced above), and 3) the code to reference the variables in the model 
equatiOnS. I 

Note that in both figures, two coefficients are defhed for a smgle variable m the mass balance constraints. This is 
a shortcut means of representing the coefficient associated with the same flow variable that is needed within two 
mass balance constraints. For example, when the arc represents flow into a node, the coefficient is the arc efficiency 
variable; however, when the arc represents flow gomg out of a node, the flow should not be reduced by efficiency, ‘ 
thus the coefficient is one. 

~mies. 

, I  

The Distributor Tariff Module (DTM) and Pipeline Tariff Module 0 are representedby economic and regression 
equations.(see Chapters 6 and 8 for details). Tables G-3 and G-4 present cross references of model equarion 
variabIes defined m this document and in the code for the DTM and PTM, respectively. 

. 

. .  
.e- ” .. 

L \ 

. .  c 

ElAlModel Documentation: NaturalGas Transmiskion and Distribution Model Volume I ’ El 
- ,  



r 

Figure GI. LP Matrix Definition for the Annual Flow Module tAFM) 
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LMINFFNINFI MINSFMINSI 0 UDMF 0 0 UDEMI 0 0 

.' . .  
CPN*fN** 1 1 

Legend: ** = nodes (01-211, ++ = OGSM region (01-06). ? = sector, code (R,C,I,T.U).  

QB = CENSUS (01-09) 'or NERC region (01-131, t = step number on'curve.(1-9) 

. .  

.=- 

- 
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Figure G-1. ' LP Matrix Definition for the Annual Flow Module (AFM) (Continued) 

Columns 

- X F S + + N * ~  = 
X , I S + + N * *  = 

X F N * * ? @ @  = 
X I N * * ? @ @  = 

' X F Q * * ? @ @  = 
X I Q * * ? @ @  = 

4 

S S + + N * * #  = 
F * * B ? @ @  = 
- F * * P ? @ @ #  = 
F * * N ? @ @ #  = *  
I * * B ? @ @  - 
I * ' * P ? @ @ #  = 
I * * N ? @ @ #  = 

- 

R HS 

Firm flow from node to node 
Interruptible flow from node to node 

Firm flow from supply to node 
Interruptible flow from supply to node - 

Firm flow to end:use sector 
Interruptible flow to end-use sector 
Firm flow from backstop supply to end-use sector 
Interruptible flow from backstop to end-use sixtor 

Steps on regional supply curve 
Base stkp on coie demand m e  
Positive steps on core demand curve 
Negative steps on core demand curve 
Base skp on noncore demand curve 
Positive steps on noncore demand m e  
Negative steps on noncore demand curve 

. 

t 

Right hand side of pnstri3int e&ations 
. . .  

Rows . 

A F M , O B  J = AFM Objective Function 
A F M B N D  = AFMVariableBounds 

C P N * * N * * 
C P F * * N * *  = Pipelinecapacitylimit-Fumflow. * .  ~ 

M I N * *  = Regional mass balance-Interruptible network. 
M F * * ?. @ @ 

M S + + N * *  = Supply subregion mass balance 

= Pipeline capacity limit-Total flow 

' M F N * *  = Regional mass balance-Fum network . 

= End-use mass balance-Fm network 
, M I * * ? @ @ . = End-use y s  balance-Interruptible network 

. .  - ,  

Lege&. ** = nodes (01-21)~ ++ = OGSM region (01-061, ? = sector &e (R,c,I,T~IJ), . 
@@ = CENSUS (01-09) or NERC region (01-13)y # = step number on curve (1-9) - 

I . =- 
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Figure G-1. LP Matrix Definition for the Annual Flow Module (AFM) (Continued) ' 

Coefficients, Right Hand Sides (RHS), and Bounds 

E F F .  
T A R F  
T A R 1  , 

P Z Z F  
P Z Z I  

P S U P  
U S U P  
P D E M F  . 
P D E M I  
U D E M F  
U D E M I  

M I N F F  
M I N F I  . 
M I N S F  
M I N S I  

. Q C A P O  
U T I L Z T  
U T I L Z F  
P C T W  , 

N E T S T R - F  
N E T S T R - I  

D I S C R - I  
D I S C R - F  

Regional pipeline efficiency 
Supply, distributor, pipeline tariffs-Firm network 
Supply, distributor, pipeline tariffs-Intermptible network . 
Alt. fuel price for backstop supply-Fnm network 
Alt. fuel price for backstop supply-Interruptible network 

Prices on supply curve steps (87$/mcf) 
Quantities on supply curve steps (Bo 
Prices on demand curve steps (87$/mcf)-core (Firm service) 
Prices on demand curve steps (87$/mcf)-noncore (Intemxptible service) 
Quantities on demand curve steps (BCF)-core Firm seMce) 
Quantities on demand curve steps,(BCF)-noncore (InterruptibIe service) 

Minimum flow along interregional arc--fkn 
Minimum flow along interregional arc--intemptible 
Minimum flow &om supply to node-fkm network 
Minimum-flow &om supply to node-interruptible network 

Physical Ripeline capacity (Bo for year t 
Pipeline utiIization--Total flow . 
Pipeline utilization-Fnm flow 
Weather factor percent 
Net finn storage withdrawals 
Net interruptible storage withdrawals ' 

Supply/demand discrepancy for Firm netwofk 
Supply/demand discrepancy for Interruptible network 

~ 

. .  I 

I 

.e- .- 

A 
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Table El. Cross Reference of AFM Variables Between Documentation, LP,.and Code 

Documentation I AFM LPiariable Code Variable 
' 

Objective Function Variables: 
* .  

x$ ' 

QDEMO$ & ydeml- 

XFS++N** ' I AFLOW-Fkij . 

XIS++N** AFLOWJ(Sj) 

=**N** , AFLOW-F((ij) . , 
rn**N**  

xFN**?@@ . AFLOW-F(iid), . 

. 

. r n W - I ( ~ )  

xiN**?@@ AFLOW-I(i,d) 

xFQ**.?@@ F-BKSTOP . 

XIQ**?@@ 
- .  

SS++N**# 

F**BU@@ 
F**PU@@# 
F**Nu@@# 

F**B?@@ 
P*P?@@# - 
P*N?@@# I .  

I**BU@@ 
I**PU@@# 
I**Nzf@@# 

I**B?@.@ 
I**P?@@# 
I**N?@@# 

Variable Bounds: 

UDEMF(BASE FJRM) BASE-QTY, EXPQTY 

UDEMI(BASE INT) BASE-QTY, EXPQTY' 

U D W , + k  UDEMFcpOS FIRM) I DQDEUns) from DQUANT(ns). DELQ . 
I I 

UDEMF,, I UDEMFWGFIRM) I DQDEUns) from D Q U h ( n s ) ,  DELQ 
1 I 

UDEM',;, I UDEh4I(PoSTNT) I DQDEUns) from'DQUANT(ns), DELQ 
I 1 

UDEM',, * UDEMI(NEG Ih") DQDEL(ns) from DQUANT(ns), DELQ . 

USUP& USUP SQDEUns) from SQUANT(ns) 

MINE I MINFF ACm-MIN 

.e. 
I 

1111 MINSF MINSUPF 
__  1111 MINSI, MINSUPI . . 
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Table GI. Cross Reference of AFM Variables Between Documentation, LP, and Code 

Documentation AFMLPVariable ' 1 Codevariable ~ 

(Continued) 

a .  

Objective Function Coefficients 
I I 

P D W D A S E  FIRM) BASE-PR, EXPPR 
1 I I PDEMI(BASEINT) I BASE-PR, EXPPR 
I I .  I I PDEhfF(FQSFIRM) I DP&CE(q) . 
1 I I I PDEMF(NEGFIRM) I DPRICE(ns) 
I 1 I 

PDEM', I PDEMI(P0SINk) . DPRICE(ns) ' 

I I '  I PDEMI(NEGINT) 1. DPRICE(ns) 
1 I 

. .  PSYP I SPRICE(ns) 
I I 

TARFU TARF(S->N) I 

TARF(NI>D) 

Capacity Constraints: 

equation: 24 
PcAPMAyj 
AUlILZu 
WTHRXCMti 

. =- 

. .  

E6' 
. .  
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D&entation I AFM LPVariable Code Variable 

. .  
Mass Balance Constraints Demand Points: 

I I 

equation: 26 . 

DISCRFm 

equation: 27 

DISCR',,,. 

Coefficients 

QSTRF, 

QSnr',  

mJ.nl . 
E F p ,  

rowname:MF'Nw 
NETSTR-F 
DISCR-F 

rowname: MIN** 
NETSTR-I 
DISCR-I 

EFF(N->N) 
EFF(S->N) 

equation: 28 
QDEMPU 

equation: 29 
QDEMO$ 

coefficients 
EW.4 

r .  

.=- 
L 

rowname: W?@@ . rownanie: W?@@ 
F+*B?@@ U'I'JL-QTLF, N0NKQTY-F 

rowname: MI**?@@ rowname: MI**?@@ 
I**B?@@ W"ILQTY-1, N0NU-QTY-I 

EFF(N->D) UEFF-PIPE(i,d) 
. ' NEp-PIPE(i,d) 

CANEFF(i) 

. .  

equation: 30 rowkne: MSHN** rowname: MS+iNW 

# 
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Figure G2. LP Matrix Definition for the Capacity Expansion Module'(CEM) 

P P 0 0 : P P 0 . 0  P P  0 0  P O  
F I F I  F - I  F I 
N N N N  s s s s  
t t t ,  t + + + +  
;. . 
N N N ' N  N N N N  

+ + + +  t t t  

t t t t  t t t t  

t t t t  t t t t  

F I  
N N  
t t  

* t  

? ?  

'8 Q 
% %  

F I  
N N  
? *  
t t  

? ?  

@ .  @ 

0 %  

1 1  

Q Q  
t t  

t i  

1 .  ? 

B O  
0 %  

TARF TARI TARF TARI TARP TARP TARO TARO TARPF TARPI TAROF TARO1 PZZPI PZZOI 
U 

L MINPF ' MINOF 

MPFN" 

' WIN** 

mFN- 

m)IN** 

l4S.TN.t 

HPF**?%Q 

MPI"?%Q 

m)F'*?%O 

MOI'*?%Q 

EP, -1 EP -1 

EP ' 

CPF**N* 

CPI**N** 

CPIsTN*' 

SPS++Nff* 

SOS++N** 

1 1  

TPBKSl'QP 

TOBKSl'QP 

1 

.=- 1 

Legend: ** = nodes (01-211, ++ = OGSM region (01-06), ? = sector code (R,C.I.T,U), 
QQ = CENSUS !Ol-OS) or NERC region (01-131, # = step number on curve (0-9)  0 

I .  
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* .  Figure 6-2. LP Matrix Definition for the Capacity Expansion Module (CEM) (Continued) 
' 

\ 

P P 0 o ' t s  S 
F I F I ~ S  T 
s s s s  + N 
T T T .  T +. * 
N ' N N N  N .  t 

e * * .  t # 

t t . *  

. R  
H 
S 

, .  

# # 

c 

CEMOBJ PSUP PSTR. PCAP 
CMBND 0 PFSTU PISTU OFSPU OISTU ' USOP USTR . UCAP 

L PFSm, PISTL OFSTL OISTL 0 0 1 0 .  

HPFN** 

HPIN** 

Mom** 

MOIN** 

WSPN'. 

MPF**?QB 

MPItt709 

. MoF**?QO. 

m1**700 

CPF"N** 

I 
CPI**N** 

. COU**N** 

CPFSTN.. 

CPISTN.' 

SPS++N** 

SOS++N** 

. TPBKSPOP 

MBKSPOP 

. -  

/, 

. Legend: ** = nodes (01-211, ++ = OGSM region (01-061, ? = sector code (R.C.1,T.U) , 
99 = CENSUS (01-09) or  NERC region (01-13), # = step number on &e (0-9) 

I .  
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. 
Figure 6-2. LP Matrix Definition for the Capacity Expansion Module (CEM) (Continued) 

Columns 

P F -N * * N * * 
P I N * * N * *  
O F N ' * * N * *  
O I N *  * N *  *' 
P F S + + N * *  . 
'PI  S + N.* * 
O F S + + N * *  
O I S + + N * *  . 

P F N * * ?  @ @ 
P I N *  * ?  @ @ 
' O F N * * ? @ @  
O I N * * ? @ @  
P I Q * * ? @ @  
O I Q * * ? @ @  

P F S T N * *  
P I S T N * *  

O I S T N * *  
S S & & N * * #  
S T N * * #  
C C * * N * * #  

0.F S T N * * 

R H S  

= 
= 
= 
= 

Peak Firm flow from node to node 
Peak Interruptiblp flow from'node to node 
Off-peak Firm flow from node to node 
Off-peak Interruptible flow €?om node to node 

- . -  

Peak Firm flow from supply to node ' 

Peak Interruptible flow from supply to node 
Off-peak Firm flow from supply 'to node 
Off-peak. Interruptible flow from supply to node 

Peak Firm flow to end-use sector' 
Peak Intenuptible flow to end-use sector 
Off-peak Firm flow to end-use sector . 

Off-peak Intmuptible flow to end-use sector 
Peak Interruptible flow f h n  backstop supply to end-use sector 
Off-peak Interruptible flow from backstop supply to end-use sector 

, 

' 

Peak Firm flow from storage 
Peak Interruptible flow €?om stmge 
Off-peak Firm flow from into storage 
Off-peak Intemptible flow h m  into storage 
Steps on regional supply m e  
Steps on storage capacity expansion curve 
Steps on pipeline capacity expansion curve 

Right hand si& of constraint equations 

Rows 

C E M O B J  
C E M B N D  
M P F N * *  
M P I N * *  
M O F N * *  ' 

M O I N * *  
M S T N * *  

M P I * * ? @  @ 
M O F * * ? ' @  @ 
M O I * * ? @ @ -  
C P F * * N * *  
C P I * * N * *  

C P F S T N * *  
C P I S T N * *  
S P S + + N * *  
S O S + + N * *  
T P B K S T O P '  
T O B K S T O P  

M P F * * ? @ * @  

'C 0 N * * N *'*. 

CEM Objective Function 
CEM Variable Bounds 
Regional mass balance-Peak Firm network 
Regional mass balance-Peak htemphile network 
Regional m&s balance-off-Peak Firm network 
Regional mass balanceoff-Peak Interruptible network 
Regional mass balance-Stomge points 
End-use mass balance-Peak Firm network . 

End-use mass balance-Peak Intemrptible netwoe 
End-use mass balane0ff-Peak Firm network 
End-use mass balance-off-peak Intemptible network 
Pipeline capacity limit-Peak Firm flow 
Pipeline capacity limit-Total Peak flow 
Pipeline capacity limit-Total Off-peak flow. 
Regional storage capacity Limit-Peak Firm flow 
Regional storage capacity limit-Total Peak flow 
Region supply limits for total Peak'flows 
Region supply limits for total Off-peak flows 
Backstop used-Total Peak 
Backstop used-Total Off-peak 

. 

.- , .  
Legend: ** = nodes 01-21, ft = OGSM region 01-06, ? = sector code, 

@@ = CENSUS or NERC region, 01-13, # = step number on m e  
J, 
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Figure 6-2. LP Matrix Definition for the Capacity Expansion Module (CEM) (Continued) 

Coefficients, Right, Hand Side (RHS), and Bounds 
’ ? 

T A R F  
T,A R I 
T A R P  
T A R O  
T A R P F  
T A R ‘ P I  
T A R - O F  
T A R O 1  
P Z Z P I  
P Z Z O I  
P S U P  

P S T R  
U S T R  
P C A P  
V C A P  
M I N P F  

P F S T U  
P F S T L  
P I S T U  
P I S T L  
O F S T U  
O F S T L  
O J S T U  
O I S T L  

U S U P  

M’I N O.F 

E P  
E O  
E O S T R .  

U P F  
U P  . u o  
U P E S T R  
U P S T R  
U P P  , 

U P 0  

D I S C R P F  
D I S C R P I  
D I S C R O F  
D I S C R O I  
Q D E M O P F  
Q D E M O P I  
Q D E M O O F  
Q D E M O O I  
Q S T R O  
Y S T R O  

Interregional pipeline. tariffs--Firm networks 
Interregional pipeline tariffs-Interruptible networks 
Supply gathering charges-Peak networks 
Supply gathering charges-Off-peak networks 
Distributor tariffs-Peak Firm network 
Distributor tariffs-Peak Interruptible network 
Distributor tariffs-Off-peak Firm network 
Distributor tariffs-Off-peak Intrp. ndtwork 
AlL fuel price for backstop supply--Peak Interruptible network 
Alt fuel price for backstop suppIy-Off-Peak.Inmmptib1e network 
Prices on supply curve steps ($$/ma 
Quantities on supply curve steps (BCF) 
Prices on storage capacitj curve steps (87$/mcf) 
Quantities on storage capacity curve steps ( € 3 0  
Prices on pipeline capacity curve steps ($/mcf) 
Quantities on pipeline capacity curve step (Bo 
Minimum interregional flowTPeak Firm 
Minimum interregional flow-Off-peak Firm 
Maximum flow from’storage to Peak Firm network 
Minimum flow from storage to Peak Firm network 
Maxiuium flow from storage to Peak.Interruptible network 
Minimum flow from storage to Peak Interruptible network 
Maximum flow from storage to Off-peak Firm network . 
Minimum flow from storage to Off-peak Firm network 
Maximum flow from storage to Off-peak Interruptible network 
Minimum flow from storage to Off-peak Interruptible neGork 

- 

. 

. 

Regiod pipeline efficiency-Peak networks 
Regional pipeline efficiency-Off-peak networks 
Regional storage efficiency . 

Utilization Eactor for Peak Firm flows (Le., 3 3  * 95)  . 
Utilization factor for total Peak flows (Le., .33 * 99) 
Utilization factor for total Off-peak flows (Le., .67 * .80) 
Utilization factor for Peak Firm storage flows 
Utilization factor for total Peak storage flows . . 
Maximum % supply available for Peak flows (Le., .33 * .99) 
Maximum % supply available for OffiPeak flows (Le., .33 * 2 5 )  . 

-Supply/demand disaepmcy for PeakFirm network 
Supply/demand discrepancy for Peak’htermptible network 
Supply/demand discrepancy for Off-peak Firm network 
Supplydemand discrepancy for Off-peak Interruptible network 
Peak core (Fum service) demands (BCF) for year tinih or t+n 
Peak noncom (Interruptible service) demands (BCF) for year t+n+h or t+n 
Off-peak m e  Firm service) deniands (BCF) for year t+n+h or t+n 
‘Off-peak nonme (Interruptible service) demands (BCF) for year t+n+h or t+n 
Existing + Planned stonge capacity (BCF) for year t+n 
utilized capacity (BCF) m alpha loop 1 
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Table 6.2. Cross Reference of CEM Variables Between Documentation, LP, and Code 

e.i PFS++N** 

.mu I OISt+N** 

."I& 

YSUP,,, 

QSTRO & y~tr- . 

QCAPO & 

Code variable 

OISTN#' OISTR, . .  

SSuN*j# . I  SQUANT(ns) 

STN**# . ' QSTk 

CN**N**# . QCM. 

PF-FLOW(s,i) 
& PFAK & PFFLOW 

PI-FLOW(s5) 
& PIFLOW 

OF,FLoW(s,i) 
& OFAK & OFFLOW 

usup,, 
USTR, 

ucAPii* 

.(xx=PF,PI,OF,OI) 
mgR=a 

usup SQDEUIS) from SQUANT(ns) ' 

USTR QSTRCURV(i) & cEM_QSTR(i,mt) 

U C M  QCAPCURV(i) & CEh-QCAP(i.nc) - 
PFSTU, PISTU, PFSTRBND, PISTRBND~ 
OFSTU, OISTU OFSTRBNDG OISTRBND, 

I 

MNSTRP, . 
(xx=PF,PI,OF,OI) 

Wij * ESTFLOWF, * smwu , . 
pcIuFLoF4- * EsTFmyij * SHROFU 
MINBIFLO 

/ 

\ 
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PFSTL, PISTL, . ' PFSTRBNDL,, PISTRBNDLl, 
OFSTL, OISTL OFSTRBND,,, OISTRBND,, 

MINPF MINXPF 
h4INOF . MINXOF 

MINBIOF~IOI,MINBIPF,  
MINBIPI 

.n 



Objective Function Coefficients: 

TARp%, . 
.TARo%, 
TARFQ * 

TAR;, 
.TARw, & TARwu , 

TARm, & TARor,, 

PSUP,, 

. .  P S T R ,  

PCAPQ, 

PZZP', 
pzzo, 

.=- 

- .  

TARP . TARP(stypj,s) ' 

TARO TARO(stypj,s) 

. TARI PTAR_I(li) 

- 

TARF. PTAR-COM-F(ij) 
i 

.. 
..TARPF+TAROF ' A  . NONlJ-DTAR-F(i,d), 

Ul'IL.-DTAR-F(i,d) 

'TAdpI & TARO1 . .  NONlJ-DTAR-I(i,d), I 

~~~ PSUP ~ 

.- SUP-PR(stypj,s) 

PSTR P ~ ~ v ( i )  ,PSTR ;4E1 
CEM-PSTR(iJlS t) 

PCAP PCAPCURV(i) & CEM-PCAP(iinc) " 

PZZPI NG-BKSTOP-PR 
PZZOI . ' I .  . NG-BKSTOP-PR I 

* U"IL-DTAR-I(i,d) 

. .  

\ -  

equation: 75 ' 

DISCRw,,, 

DISCRwm 
equation: 76 

equation: 77 . 
DISCREm 

equation: 78 : 
DISCRwm 

coemdents: 

' 

EmL, I 

EPEPIj 

EWG -8J , 1 ,  

. I  
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rowname: MPFN** rowname: MPFN** 
DISCRPF, . *  DISCR-PF(i) 

rownami WIN** rowname: MPIN** 
DISCRP& ' . .. DISCR,PI(i) . I  

. * rOwname:~OFN** rowname:.~oFN**: . 
DISCROF, 

rowname: MOW** rowname: MOW** 
DISCRO& . 

EP AEFF-PlPE(ij) : 
EP- SEFF-PIPE(s j) 
EO AEFl-PIPE(i j) 
EO SEFF-PIPE(s j) 

. DISCR-OF(i) 

DISCR-OI(i) 

equation: 79 

coefficients: 
EFf;O, 

rowname: MSl'NW rowname: MSIN~ 

EOSTR EFFSTR 



Table G-2. Cross Reference of CEM Variables Between Documentation, LP, and Code 

Documentation I CEM LP variable I Codevariable 
(Continued) 

Mass Balance Constraints at End-use nodes 

equation: 80 rowname: MPP*?@@ rowname: MPF**?@ @ 
QDEMF, QDEMOPF, QDEMOPF(i,d) & QDEMOPFU(i) 

equation: 81 rowname: MPI*+?@@ rowname: MPI**?@ @ 
QDEMP,. QDEMOP& QDEMOPI(2d) & QDEMOPIU(i) 

equation: 82 rowname: MOP?@@ rowname: MOP?@@ 
QDEMF, . QDEMOOF, QDEMOOF(i,d) & QDEMOOFU(i) 

equation: 83 rowname: MOI**?@@ rowname: MOI**?@@ . 
QDEMOO', QDEMOOI, QDEMOOI(i,d) & QDEMWIU(i) 

.. 

b 

. . .  
,EO 
EP 

rowname: SOWN** I 

NEW-PIPE(i,d) & .J.JEEF-PIPE(i,d) 
NEFF-PIPE(i,d) & UEFF-PIPE(i,d) 
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rowname: CPF**N** 
rowname: CPI**N** 
(CEM loop 2) - 
QCAPO-YCAPO 

rowname: CON**N** 
CON**NW- . 
UPF 
UP . -  
uo . 

rowname: CPF**N* 
rowname: CPI**N** 
(CEMloop2) . .  
P C A P ' ~  QCAPO(ij)-YCAP(ij;l) 

rowname: CON**N** 

PCAP 
UPF h m  -ARC-PFUTIIZ(i,j) 
Up from ARC-Pul'ILZ(i,j) 1 

uo from 'AkC-OU"iIZ(i,j) 

Storage Capacity Constrain-ts: 

equation: 90 rowname: CPFSTN** rowname: CPESTN- 
equation:91 . rowname:CPISTN** * rownamL CPISTN** 

right hand side 

coemcients: 
USIF& UPFSTR 

(CEM lobp 2) (CEM loop 2) 
QSTRO-YSTRO QSTRO(St)-YSTR(sf 1) 

loop 2) 

STR_FuTLL=L 
STR-U"iIZ(St) us'le, UPSTR 

Supply constraints:. . 

equation: 84 rowname:SPWNf* . rowname: SPWN- 
I 

* 
equations: 8536 

Rowname/RHS: 
W ~ .  

rowname: SOWN** 

UPP 



* 

\ 

. .  
Table 6-2. Cross Reference of CEM Variable Between Documentation, LP, and Code 

Documentation I CEMLPvariable I Codevariable 

(Continued) e - 

Backstop Variables: I 

TPBKSTOP BKSTOP(d) 

TOBKSTOP BKSTOP(d) 
Postgrocessing results: 

, Phycap, PNEW-CAP(Lj) 
PNEW-STR(i) 

REC 

StKap, 
E C P i i  

PEAKPCNT * ARc_pELpIILz(ij) 

PEAWCNT * ARC-PUaLZ(ij) 

REC' ECMTLi 

IITIwii 

bhd = lowa/appa bound 

.. 
IJm=nodes, s = s m .  d = danaud node,'= = steps on pipe cap me, nst = steps OTL storage me, styp soma type. st = wF &, yr = year. 

.e- 

/ 

i 
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Documentation Code Variable I Equation# 

47, 63,66 

47, 56, 66 

48 

48 

48 

48 

48 

60 . 

49,52 
/ . -. 

49,51 

56 

50,58, 59, 60, 61 

57, 62, 65 

57,64 ' 

57 

57,58,'59, 60, 61 

57 ' 

. .  62,63 

62,63 

63, 64 

65 

t - year, r - region, sr - subGgion, s - sector, i - coeff #, F - cog- I - noncore 

, 
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_. Table G-4. Cross Reference of PTM Variables Between Documentation, and Code 

Documentation Code Variable Equation # 
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Table 6-4. Cross Reference of PTM Variables Betwen Documentation, and Code 

Dogmentation Code Van'able Equation # 

(continued) . 

81 ADIT-ADlT = ADIT-TEMP(1,l) 188 

82 ADIT-NECtPLT = ADIT-T'EMP(1,2) 188 ' 

80 DDA-FD 
, .  

181,213 ' 

I DDA-WTPLT I 181;213 
I I 

82 DDA-DEPSHR 181,213 

P DD A-RHO-E . *  181,213 . 
DDA, . D D S L  DDW,T,,CT) 184,216 , 

s * F l i r ,  TAG-FDO . . 219 

I TAG-TFm I 219 
I I 

PK RENTBLDG I 219 
I 1 

TAG-EPF1 ' 219 
I . .  

219 I 

. TAG-EFF2 82 

PK !RENT I 222 
I I 

T - Pipeline type, t 1 yek;rd - rate design index, i - node I1 
I .  . .  
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Appendix H 

Model Equations 

This appendix presents the mapping of the equation (by equation number) in the documentation with the subroutine 
in the NGTDM code where the equation is used or referenced . 

I 

, 

. .  

. , .  
I 



i 

.- 

I 

-. 

.e- 

/- 

I 



I EQ. # SUBROUTINE 

1 Vi) 
(Interr.) 

2 

3-6 

7 - (onshore& 
offshore) 

8-11 * (onshore) 
(offshore) 

12-18 

. 
NGTDM-CRVNOIWW 
NGTDMCRVNONUW 

NGSYN-LIQH' 
NGCAN-IMP* 

NGTDM-PRE 

NGPRD-W' 
NGPRD-KS' 

NGTDM-DMD ALK 

*. ElArrmbdd Documentation: Natukl Transmission and Distribution Model Volume I 

EQ. # 

H-1 

SUBROUTINE - 

19-22 . 

23 

24-27 

28-29 

30 

3134-35 

32-33 

36. 
- 

Notapplicable - .  

NGTDM-US I,NGTDM-LPEI,NGTDM-EFFLP, 

NGTDM-UTILCCNGTDM-NONUCI,NGTDM-.EXCI 
NGTDM'T~~GTDMTARDT.NGTDM-SUPCI, . 

NGTDM-C API 

N G T D M - ~ ~ , N G ~ M - N O N U ~ G ~ M - ~ P , N G T D M - L P E I  
NGTDM-SUPCI 

NGTDM-CAP1 

NGAFM:SUPMIN 

PROPEROUT '..=- 



EQ. ## , SUBROUTI[NE 

H-2 . 

37-40 

4145 

46 

47 

48 

49-53,56 

54-55 .e . 

57-65 

66 

67-68 

69-71 

72 

73 . 

. EIAPJohel Documentation: Nat& Gas Transmission and DisMbution lrllodel Volume I '  

. .  

NGTDM-POSTNONU 

NGTDM-POSTUTIL 

NGTDM-DTM, N G D T M - m  
NGTDM-bTM, NGDTM-MUI' 
NGTJIM-POSTUTIL 
NGDTM-FORECAST-DTARF . 

NGDTM-ICC 

NGDTM-TCF1 

NGDTM-CALCCOSTC* 

NGDTM-FOREC AST-DTARF 

NGDTM-TCFO 

NGDTM-FORECAST-TRNF 

NGDTM-DTARI 

NGDTM-BENC W 

NGDTM-BENCH 



. .  

EQ. # SUBROUTINE 

CEMSUPCI, CEMSCAP~.CEMBACK, CEM~CPP,  NGC~M-ADJSTR, 
NGCEM-ADJCAP . .  I 

75-78 

79 " 
80-83 ' 

84 

85 1 "  - 
86 

87 

88 

89 

L 

90-91 . 

92-93 

94-95 

96-97 

98-99 

100-101 

- 

CEMLPSTyCEML,PNNyCEML,PSNByCEMDISCR 

CEMLPST 

CEMLPNE,CEMDMD I 

CEMLPSuP,cEMCANSuP,cEMSUPcI 

CEMLPSuP,CEMSuPcI 

CEMLPsuP,CEMcANsVP,CEMsEMsUPC1 

RESET,RHS,CEMLPCAP,CEMC~,~MD,CEMPcAP 

CEMLPCAP,CEMCANIMP,cEMDMD,CEMPCAP 

&MLPST-UTL,CEMSCAP,RESET-RHS 

xEiaPcAP,cEMcm,cEMDMD,cEMPcAP . 

CEMcm,-owNN 

RESETMATRIX 

GETSOLUTION1 I 

NGcEM_AFMuTILz 

GETSOLUTION2 

4 

\ 

, .  
, .  
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- Chapter 8 Equations 

102-118 

119-124 

125-126 

127-128 . . 

129-156 \ 

., 
PIMA-C ALCULATE-COST 

PTMI-TRNS-COST-OF-SEFMCE 

PTM4-BASEYEARPTPEZ.INE 

. PTM4-BASE-YE&t-PIPEUNE, PTM6-FORECAST-PIPELINE 

PI~ID-ALLOCATE-ARC-EVEL-COST . 

157-164 

165-167 

168-369 

PTMu-cosTsm-IN-RATE ' 

F"IMD-ALLOCATE-ARC-E~~-COST ' 

PTM9_ExpAND_GENERIC 

176 

170-174 

175 

F'TMZ-BASE-YEARJNlllAL~TION 

PTMA-CALCULATE-COST .. . 

177-183 . 

184 

185-186 

187 

188-189 

190 

PTM7-FORECAST-COST 

PTM9EXpANDGENE€UC 

PTM7-FORECAST-COST 1 

PIMACALCULATECOST- 

pThi17_FORECAST-COSTz 

PTM7-FORECAST,COST, PTM9-EXPAND-GENERK 

213-215 

191-207 

208 

216 

F'"MA-CALCULATE-COST 

PTM7-FORECAST-COST 
- .  

209 

210 

211-212 

H-4 

. .E'TMA-CALCULATE-COST 

FTM7-FORECAST-COST 

PIMA-C ALCULA'IE-COST 

ElAlModel Documentation: Natural Gas Transmission and Distribution Model Volume I 

217-218,220-221,223-226 

219,222 

PTM7-FORECAST-cOST , 

. YVALUE' 
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Appendix I 

Sensitivity Parameters 

This Appendix lists the parameters that have been’selected as sensitivity variables within the NGTDM. Most of the 
sensitivity options key off of two NEMS nm time parametes: NGCATG to specify the parameter to be pemnkd, 
and NGKEY to identjfy which perturbation amount to be used The remaining sensitivity options are activated 
through input data mes as switdies and corresponding quantities. These keys and switches arelisted along with the 
parameter descriptions and their co&pnding permbation activity. 

c 

, 

b 

.=- 

_ -  

L 



b 

.=- 

A 



SENSFTIVITY PARAMETER LISTING 

Switch . Parameter 

Residential demand NGCATG = 1 NGKEY = 1 1 Increase by 05% per year; 1~6-2010 
1 

.. 

~ ~~~~~~ 

Decrease by 0.5% & year 1996-2010 NGKEY.=2 , . 
NGKEY = 1, &crease firm demand by 0:5% pa 

year 19962010 

Decrease firm demand by 05% @r 
I9962010 ’ 

Increak interruptible demand by 05% 
per year 1996-2010 

Decrease intemrptible demand by 05% 
per year 1996-2010 

weather factor = 0.20 

NGCATG = 2 

NGKEY = 2 

NGKEY=3 . . 

NGKEY = 4 

~~ 

CEM weather factor NGKEY=I ’ NGCATG = 3 
~ 

NGKEY = 2 weather faaor = 0.10 
. .  

NGKEY=3 . I weatherfacfor’=O.O 

NGCATG = 4 NGKEY = 1 weather factcs = 0.10 AFM weather factor 

NGKEY = 2 I *weather factor = 0.0 

NGKEY = 1 Peak firm utilization ’ NWATG = 5 +mion = 0.70 

NGKEY = 2 utilization = 0.90 

NGCATG = 6 Peak share = 033 Offpeak shand.67 PeaktOffpeakga 
connunptionshares- . 
residential, commercial, 
industrial 

&st of new capacity on 
a - f i  

NGCATG = 7 Deaease by $2.00 

~ r o p  steps eicep the most 
expensive step for new capacity 

.In- bv 20% ‘ 

Steps on capacity ekpnsion 
wc a - f i  

NGCATG=8 . 

NGCATG = 9 
~ _ _ _ _ _  

Pipeline capadty addition 
cost all arcs 

, .  
NGKEY = 1 

’ I  
NGKEY = 2 Decrease by 20% 

.=- 
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NGKEY = 1 

NGKEY=2 . 

NGKEY = 3 

N F K E Y = I  I 

Basecap=O 

Base cap = Commodity charge 

Base cap = Reservation charge 

Increase by 2% 

NGKEY = 2 

NGKEY = 1 

Decrease. by 2% 

Inaeaseby2W ' 

~~ ~ 

NGKEY = 1 

Double 

Increase by 2% 
_ _ _ _ ~ ~  ~ 

NGKEY = 2 . Deaeaseby2% 

Not used 

~~ 

NGKEY = 2 

NGKEY = 3 . 

NGKEY = 4 

NGKEY P 5 . 

NGE;EY'= 6 

Decrease by 50% elasticity for suaply 
.curv6type2 

-Increase by 50% elasticity for supply 
curvetype3 . 

Deaease by 50% elasticity for supply 
curve type 3 

Increase middle segment of supply m e  
type3by50% . -  

Decrease middle segment of supply 
curve tvDe 3 bv 50% 

. SENSITIVITY PARAMETER LISTING 

Key I ' Activity -. P k e t e r  Switch 
7 .  

NGCATG=10 . ' 

AA Utility Bond index rate N&TG = 11 

Load Factor for maximum 
intem@ibletmqatab 'on 
mte - LFACJ 

NGCATG = 12 ' 

NGKEY = 2 I.Decreasebv25% . _  . 

NGCATG = 13 I '. Not used ,, . 

Not used NGCATG = 14 

Gas Supply Realignment 
cost 

NGCATG = 15 

Pipeline fuel use NGCATG = 16 * 

NGCATG = 37 ' 

NGCATG = 18 Increase by 50% elasticity for supply 
curvetype2 - , 

* NGKEY=l ' S w l y  curve parameters. 

.i 

1-2 ElAlModel Documentation: Natural Gas Transmission and Distribution Model Volume I 



. Parameter Switch 

Residentialdemandat . 
n&3 , 

NGCATG = 20 
~~ 

Inaease by 0.5% per year 
1996-2010 

NGKEY = 1 

NGKEY = 2 
~~ ~~ 

Deuease by 0.5% per year 
1996-2010 

Utility demand NGCATG=2J , NGKEY = 1 _ . :  In- by 0.5% per Y? 
19%-2010 . .  

NGKEY = 2 
~ 

Dw&e by 05% per'year . . 
1996-2010 

Refurbisllment (BLAE) BLAESWT=O . 1 
.(set in PTARIFF) 

. .  

BLAESWTsl 
(set in PTARIFF) 

B M O T  BLAESWT = 2 
(set in.PTARIFF) 

TOMSWT = 0 > 
(set in PTARIFF) 

TOMSWT = '1 
(setinn- , 

Increment to TOM (Total 
operation and Maintenance 
Expenditure) in FTM 

No incremental -. cost in TOM 

TOMlNCl 
(set in FMaFI?) 

anpl, 

incremental cost of existing 
pipelines- user specified (Le., 
150000000 $1993) 

ikmenta? cost of entire indhxy 
(both existing and generic pipeline)- 

$1993) 
user specified (i.e., 1OOOOOOOOO. 

TOIVlLNC2 
(SetinPTARIFF) 

. *  

.e- . - .  
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